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Abstract 

Diagnosis of Induced Hydraulic Fractures during Polymer Injection 

Yiwei Ma, M.S. E.

The University of Texas at Austin, 2015 

Supervisor:  Mark W. McClure 

Polymer transport with complex fluid rheology was implemented into an existing 

hydraulic fracturing simulator (CFRAC), and the implementation was extensively 

validated. Shear thinning viscosity was included for polymer fluid flow in both porous 

media and fractures. Shear thickening viscosity was implemented for flow in the matrix.  

Polymer injections were simulated to investigate the effect of polymer rheology, 

including both shear thinning and shear thickening behaviors, on polymer injectivity and 

on the possibility of induced hydraulic fracturing. The results indicated that shear 

thickening decreases injectivity and can induce initiation of hydraulic fractures. The 

hydraulic fractures substantially enhance injectivity, and eliminate the reduction in 

injectivity due to shear thickening. 
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Pressure fall off tests were simulated to study the effect of polymer rheology on 

the identification of hydraulic fractures from the shut-in transient after shut-in. The 

results showed that standard methods from pressure transient analysis can be applied to 

diagnose the presence hydraulic fracturing by identifying a linear flow regime and 

fracture closure on a Bourdet derivative plot and a square root of time plot. It was found 

that these methods are effective regardless of shear thickening and shear thinning 

rheology. However, the results suggested that if the fracture is small and closes quickly, 

this could cause difficulty for the diagnosis.  
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Chapter 1: Research Objectives and Chapter Descriptions  

1.1 RESEARCH OBJECTIVES 

Polymer flooding is applied as a tertiary oil recovery process after water flooding 

in heavy oil reservoirs. Polymer flooding can provide better mobility control and 

enhanced reservoir sweep efficiency, but the viscous nature of the polymer solution can 

substantially decrease the well injectivity (Sheng et al., 2015). However, unexpectedly 

high injectivity has been observed in many field applications and induced hydraulic 

fracturing has been proposed as a potential cause (Wang et al., 2008; Lee, 2012; Moe Soe 

Let et al., 2012). Therefore, diagnosis of induced hydraulic fracturing is essential for 

differentiation from other possible mechanisms that could cause high injectivity and for 

evaluating its effect on the polymer flooding process. Because more than 90% of field 

applications use partially hydrolyzed polyacrylamide (HPAM), HPAM rheology is taken 

as representative for polymer injection modeling in this particular study.    

The objectives of this study were: 

o to implement polymer transport and HPAM rheology functions into an 

existing hydraulic fracturing simulator (CFRAC) in order to model polymer 

fluid flow in porous media and fractures 

o to investigate the effect of polymer rheology on polymer injectivity and 

hydraulic fracture initiation 

o to simulate pressure fall-off (PFO) tests and perform pressure transient 

analysis in order to investigate diagnostic strategies for hydraulic fracturing 

during polymer injection 
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1.2 CHAPTER DESCRIPTIONS 

In Chapter 2, polymer flooding is introduced in terms of the process, polymer 

types and properties, rheology models, injectivity, and pressure transient analysis. Near 

the end of Chapter 2, injectivity associated with induced hydraulic fractures and pressure 

transients of fractured wells are discussed.  

In Chapter 3, the simulator applied in this study, Complex Fracturing ReseArch 

Code (CFRAC), is described. The modeling details are  described, including systems of 

equations for polymer mass balance, two polymer rheology models for fluid flow in 

porous media and fractures, and the numerical methods used to solve the system of 

equations. In Chapter 4, model validation is provided using simulation results.  

In Chapter 5, eight simulation cases are described. The simulations can be 

categorized into two groups, depending on the difference between the minimum principal 

stress and the initial reservoir pressure. In each group of simulation cases, all the settings 

are identical except: (1) polymer rheology and (2) whether a hydraulic fracture is 

permitted to form during the simulation. For polymer rheology, two different settings are 

applied. For flow in the matrix, the simulations either consider only shear shinning, or 

include both shear thinning and thickening. The simulation results are discussed, in terms 

of the effects of polymer rheology and induced hydraulic fractures on injectivity and on 

the pressure transients after shut-in. The shut-in pressure transient results are analyzed to 

determine whether the presence of hydraulic fractures can be diagnosed. 

Chapter 6 summarizes the main conclusions of the study. 
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Chapter 2:  Introduction and Literature Review 

2.1 POLYMER FLOODING PROCESS 

Polymer flooding, a chemical enhanced oil recovery (EOR) technique, has gained 

great popularity in recent decades because it increases sweep efficiency and improves 

fractional flow characteristics (Standnes and Skjevrak, 2014). High-viscosity polymer 

fluid can improve mobility ratio, reduce viscous fingering, and enhance areal sweep 

efficiency (Pye and Gogarthy, 1964; Sandiford, 1964). In reservoirs containing 

significant heterogeneities in the vertical direction, viscous polymer fluid helps to divert 

the injected water into bypassed or poorly swept zones (Needham and Doe, 1987). In 

addition to the viscosity effect, some polymers can reduce the relative permeability of the 

water phase more than the relative permeability of the oil phase. Therefore, polymer 

flooding can increase the fractional flow of oil, which increases oil recovery (Sheng et 

al., 2015).  

Polymer flooding can be applied independently, or combined with other chemical 

injections, including surfactant-polymer flooding and alkaline-surfactant-polymer 

flooding. Successful field applications have been reported, especially in Daqing and 

Chateaurenard (Wang et al., 2008; Takaqi et al., 1992). By 2004, about 23% of the total 

production at the Daqing field was estimated to be due to polymer injection, representing 

an incremental production of 10% of the original oil in place (Wang et al., 2008). In the 

Courtenay area of the Chateaurenard field, 31% of the original oil in place was recovered 

after 17 years of production, half of which originated from the polymer injection (Putz et 

al., 1988). With improved economics and a track record of success, polymer flooding has 

become the most commonly applied chemical EOR technique.  
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2.2 POLYMER TYPES AND PROPERTIES 

There are two general types of EOR polymers, synthetic polymers and 

biopolymers. Partially hydrolyzed polyacrylamide (HPAM) is the most commonly used 

synthetic polymer, while Xanthan gum is a typical biopolymer. In general, higher 

polymer concentration and larger molecular weight yield higher viscosity. 

Many studies have compared these two polymers in terms of rheology, salinity 

sensitivity, thermal stability, degradation resistance, cost, and other parameters.  

For fluid flow in porous media at low velocities, both HPAM and Xanthan have 

been reported to show shear thinning behavior (Cannella et al., 1988; Seright et al., 

2009), in which fluid viscosity decreases with increased velocity and shear rate. At 

moderate-to-high velocities, Xanthan continues to show shear thinning behavior 

(Cannella et al., 1988; Seright et al., 2009). However, the viscosity of HPAM starts to 

increase with increased velocity and shear rate, an effect called shear thickening (Smith, 

1970; Masuda et al., 1992; Hirasaki and Pope, 1972). The shear thickening property of 

HPAM is a result of the "viscoelastic behavior." The rheology of HPAM solutions is 

described in more detail in Section 2.3. It has also been observed in laboratory coreflood 

experiments that the viscoelasticity of HPAM can help to lower the residual oil saturation 

(Wang et al., 2001; Huh and Pope, 2008).  

Concerning the effect of salinity, HPAM is much more salt sensitive than 

Xanthan, because the negative carboxyl group in the HPAM molecule interacts with 

cations, which reduces the viscosity of the polymer solution substantially (Sheng, 2010; 

Chang, 1978). As a result, HPAM is usually preferred in low salinity conditions, while 

Xanthan is better for viscosity maintenance in high salinity waters (Needham and Doe, 

1987).  
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It is common to encounter high temperature in reservoir conditions. Therefore, the 

thermal stability of the polymer is important for maintaining the designed viscosity. At 

high temperature, the polymer molecule may experience hydrolysis and lose 

effectiveness. It has been reported that HPAM can keep good thermal stability until 

110°C, but Xanthan is only suitable for temperatures less than 80°C (Sheng, 2010). 

There are three main kinds of degradation that can affect polymer performance. 

Chemical degradation can be caused contaminants such as oxygen and ferric ions. 

Additives like thiourea, have been tested as a way to reduce chemical degradation 

(Ayirala et al., 2010). Biodegradation can occur for either Xanthan or HPAM, but is more 

likely with Xanthan. Mechanical degradation is the breakdown of polymer molecule due 

to high shear stress at high flow velocity. This is usually encountered during the polymer 

preparation process and near the wellbore. Previous studies have found that Xanthan is 

more resistant to mechanical shearing effects (Seright et al., 2009).  

Although HPAM and Xanthan both have advantages and disadvantages, HPAM is 

more widely applied in field applications due to lower cost, better biodegradation 

resistance, and relative permeability reduction (Lake, 2010). A recent literature review 

investigated 72 field applications of polymer flooding and reported 92% of the projects 

used HPAM (Standnes and Skjevrak, 2014).  

This thesis is primarily focused on investigating the rheology and reservoir 

behavior of HPAM.  
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2.3 HPAM RHEOLOGY 

2.3.1 HPAM molecular structure 

 

 

Figure 2-1 molecular structure of partially hydrolyzed polyacrylamide (HPAM) 

 

HPAM is a large-weight molecule with monomeric units of acrylamide forming a 

flexible chain structure (Figure 2-1). Part of the polyacrylamides are hydrolyzed, leaving 

negatively charged carboxyl groups (—COO
-
) scattered along the chain. The repulsive 

forces between these anions, either within the same molecule or between different 

molecules, allow HPAM molecules to elongate and contract, resulting in high viscosity 

(Lake, 2010). This mechanism also explains why HPAM is sensitive to salinity and 

hardness. Cations react with the carboxyl groups and reduce the viscosity.  

The shear thickening behavior of HPAM can also be explained based on its 

molecular structure. Unlike Xanthan gum, which has a more branched and rigid 

molecular structure, the chain structure of HPAM makes it flexible. In porous media, 

HPAM elongates and contracts while flowing through pore bodies and pore throats. At 

high flow velocities, HPAM molecules do not have sufficient relaxation time to stretch, 

re-coil, and adjust to the flow (Delshad et al., 2008). As a result, the apparent viscosity 

becomes very high, observed as shear thickening behavior.    
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2.3.2 Apparent shear rate 

For non-Newtonian fluids such as HPAM and Xanthan gumn, viscosity is a 

function of shear rate. The shear rate of fluid can be easily controlled in a viscometer. 

However, there is not a simple link between these measurements and the apparent shear 

rate in porous media. Coreflood experiments can be conducted, but they are very time 

consuming. Additionally, each core represents a unique reservoir condition. Cannella et 

al. (1988) proposed an equation for apparent shear rate (Eqn. 2-1) using the capillary 

bundle model: 

 
/( 1)

3 1

4

n n

w
eff

rw w

un
C

n kk S




   
   

    

,                                                              Eqn. 2-1 

 

where, wu  is Darcy velocity of the fluid, k is the permeability of the porous media, krw is 

the relative permeability of water phase, Sw is water saturation, and   is porosity. 

Cannella et al. (1988) reported that C = 6 can match a wide variety of coreflood data. 

Wreath et al. (1990) developed other expressions for apparent shear rate.  

2.3.3 Shear thinning model 

Shear thinning is characterized by a decrease in viscosity with increased shear 

rate. Away from the wellbore, the displacement process of polymer flooding is relatively 

slow, and HPAM solution shows shear thinning behavior.  

A simple but popular shear thinning model is the power law model (Eqn. 2-2) 

(Bird et al., 1960):  

 

1nm   ,                                                                                                    Eqn. 2-2 
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where,   is shear rate,   is apparent viscosity, and m, n are constants characterizing the 

fluid. This simple relation is used by many simulators because it describes the non-

Newtonian viscosity curve over the linear portion of the log-log plot of viscosity versus 

shear rate. 

Another curve that can be used to fit most lab data is the Carreau equation 

(Carreau, 1972): 

 

 
( 1)/2

2

0

1
n 


 






   
 

,                                                                          Eqn. 2-3 

 

where, 0  is the zero shear rate viscosity,   is the infinite shear rate viscosity,   is a 

parameter with units of time, n is a dimensionless parameter. Although the power law 

model is simple and easy to implement, the Carreau equation avoids having an unrealistic 

infinite viscosity at zero shear rate.   

2.3.4 Viscoelastic (shear thickening) model 

The opposite of shear thinning, shear thickening is defined as an increase in fluid 

viscosity with increased shear rate. Injection fluid usually experiences high flow velocity 

and shear rate near the wellbore. HPAM solution shows shear thickening at moderate-to-

high shear rate. Therefore, use of a solely shear thinning model will cause 

underestimation of the viscosity of HPAM solution near the wellbore. 

The Deborah number (NDeb) is a ratio of the relaxation time for a polymer 

molecule to the characteristic period for elongation and contraction as the fluid flows 

through the porous media (Bird et al., 1977). It is used to characterize a polymer’s elastic 
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strain and is applied in shear thickening models (Hirasaki and Pope, 1972; Masuda et al., 

1992; Delshad et al., 2008). By relating the Deborah number and apparent shear rate, 

Delshad et al. (2008) proposed the following shear thickening model: 

 

   2 1

max 21 exp
n

el r eff    
   

  
,                                                          Eqn. 2-4 

 

where, el  is shear thickening viscosity, max , 2 , and 2n  are empirical constants, r  is 

the relaxation time for a polymer molecule.  

2.3.5 Unified viscosity model 

To characterize the viscosity of HPAM solution over a wide range of Darcy 

velocity and shear rate, Delshad et al. (2008) combined the shear thickening model with 

the Carreau equation and proposed a unified viscosity model for HPAM solution. This 

unified viscosity model has the advantage of needing only bulk rheology data and 

petrophysical information about the porous media:   

 

    2
( 1)/2

2 1
0

max 2( ) 1 1 exp
n

n

app w p w eff r eff        


        
      

, Eqn. 2-5 

 

where, app  is apparent polymer viscosity, w  is water viscosity, n, n2 and 2  are 

empirical constants. 
0

p  is the zero shear rate viscosity modeled as a function of the 

polymer concentration and effective salinity.  , max  and r  are functions of the 

polymer concentration. eff  is evaluated using Cannella equation (Eqn. 2-1). 
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2.4 POLYMER INJECTIVITY 

Polymer injectivity is a key parameter for field applications but is hard to predict. 

Dominant mechanisms governing polymer injectivity include polymer rheology, debris in 

the polymer solution, mechanical degradation, and fracturing (Yerramilli et al., 2013; 

Seright et al., 2009).  

2.4.1 HPAM rheology 

In Section 2.3, the rheology of HPAM solution was described in detail. Although 

HPAM solutions exhibit shear thinning in a viscometer, investigators consistently report 

shear thickening behavior in porous rock at high shear rate (Pye and Gogarthy, 1964; 

Smith, 1970; Seright, 1983; Hirasaki and Pope, 1972). When HPAM solution is injected 

into a reservoir, high flux near the wellbore should be expected to yield high fluid 

viscosity due to the shear thickening effect, reducing the injectivity.  

2.4.2 Debris in the polymer 

During the preparation of polymer solution, ineffectively hydrated polymer and 

other debris may remain in the polymer fluid, especially when the solution is unfiltered. 

This may lead to plugging of the sand face at the wellbore, reducing the polymer 

injectivity (Treiber and Yang, 1986).  

2.4.3 Mechanical degradation 

In opposition to the effects of shear thickening and debris plugging, polymer 

injectivity could be increased by mechanical degradation. HPAM can be susceptible to 

mechanical degradation (Seright, 1983). Breakdown of polymer molecules could lead to 

loss of fluid viscosity, an increase in injectivity, and decreased mobility control. 

Mechanical degradation can happen at the surface when the polymer injection fluid goes 

through irregular paths in high pressure drop equipment such as chokes and valves 
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(Standnes and Skjevrak, 2014). This can be minimized by mixing the solution carefully 

and removing chokes during the preparations (Greaves et al., 1984). Mechanical 

degradation can occur in the formation near the wellbore and in the perforations due to 

the high flow velocity and shearing effect. Away from the wellbore, flow velocity 

decreases and no further significant mechanical degradation should take place (Seright, 

1983). 

2.4.4 Induced fractures 

According to Van den Hoek et al. (2008), most water injectors operate under 

induced fracturing conditions. Considering the viscous nature of polymer solution, 

injection above the formation parting pressure is even more likely during polymer 

flooding (Seright et al., 2009). Induced fracturing has been proposed as an explanation 

for the high polymer injectivity observed in many field applications (Wang et al., 2008; 

Seright et al., 2009; Lee, 2012; Moe Soe Let et al., 2012; Denney, 2013).  

Under proper circumstances, induced fractures could increase oil productivity and 

sweep efficiency (Wang et al., 2008; Lee, 2012; Crawford and Collins, 1954; Dyes et al., 

1958). In one example of a successful application, a well was fractured intentionally to 

maintain the polymer injectivity. An increased production rate and decreased water cut 

was observed along with the propagation of the fracture (Fletcher et al., 2013). On the 

other hand, induced fractures may reduce sweep efficiency if they have unfavorable 

orientation or divert fluids into only certain layers of a layered reservoirs (Lee, 2012).  

2.5 PRESSURE TRANSIENT ANALYSIS  

Pressure fall-off (PFO) testing is a common technique that provides important 

information about well performance, formation parameters, and in-situ mobility. PFO 

testing consists of analyzing pressure transient signal produced after shut-in of an 
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injection well. Van den Hoek et al. (2012) developed an interpretation method for PFO 

tests during polymer injection to characterize in-situ polymer rheology and induced 

fracture dimensions. This study assumed polymer solution only exhibited shear thinning 

behavior. However, shear thickening behavior of HPAM solution is nonnegligible in 

porous media, especially near the wellbore where fractures could be induced (Hirasaki 

and Pope, 1972; Seright, 1983; Smith, 1970). An objective of this study is to do 

numerical modeling of PFO testing with both shear thinning and thickening effects.   

Fractured wells may encounter three flow regimes, namely linear flow, bilinear 

flow and radial flow (Figure 2-2).  

 

 

 

Figure 2-2 flow regimes for fractured wells 

 

The relationship between fracture conductivity and reservoir conductivity is key 

for differentiating the three flow regimes. It is characterized by a dimensionless term, CfD, 

which is defined as: 

 

f

fD

f

k w
C

kL
 ,                                                                                                  Eqn. 2-6 
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where, w  is the average aperture of the fracture, and 
fk  is the permeability of the 

fracture defined as: 

 
2

12
f

w
k  .                                                                                                    Eqn. 2-7 

 

If CfD is greater than 300, the fracture has effective infinite conductivity and the 

well will show linear flow at early time. If CfD is smaller than 300 but greater than 0.1, 

the fracture is finite conductivity, and the well may show both bilinear and linear flow. If 

CfD is smaller than 0.1, the fracture has negligible conductivity and has no effect on the 

pressure transient.  

Both linear and bilinear flow regimes are good indications of the presence of 

hydraulic fractures connecting to the well. There are some diagnostic curves based on the 

flow behaviors to visualize and determine the flow regimes. The basic flow equations are 

first introduced below and the diagnostic plots are explained later. 

 linear flow 

In linear flow, the pressure drop can be written in a function: 

 

4.06

f t

qB t
P

hL k c




  ,                                                                                  Eqn. 2-8 

 

where P  is the difference between the bottom hole pressure and the pressure at the 

beginning of the transient, q is the injection rate in volume per time, B is the formation 

factor, h is fracture height, µ is viscosity, tc  is compressibility factor. This equation 

shows that P  is proportional to t . Eqn. 2-8 can also be written in the log form as: 
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1 4.06
log( ) log( ) log( )

2 f t

qB
P t

hL k c




   ,                                                   Eqn. 2-9 

 

Eqn. 2-10 and Eqn. 2-11 can be derived by taking the derivative of ∆P with 

respect to t. As implied by Eqn. 2-9, Eqn. 2-10, and Eqn. 2-11, both ∆P and 
( )P

t
t

 



 are 

proportional to t . A 
1

2
 slope becomes a diagnostic signal for linear flow in both the 

pressure plot (∆P ~ t) and the derivative plot (
( )P

t
t

 



 ~ t) in log-log scales.  

 

( ) 2.03

f t

P qB t
t

t hL k c





 
 


.                                                                        Eqn. 2-10 

 

( ) 1 2.03
log( ) log( ) log( )

2 f t

P qB
t t

t hL k c





 
  


.                                         Eqn. 2-11 

  

 bilinear flow 

In bilinear flow, the flow equation is: 

 

 
4

1/4

44.1

f t

qB
P t

h k w c k




  ,                                                                        Eqn. 2-12 

 

Similarly, the derivative form of bilinear flow equation is: 

 

 
4

1/4

( ) 11.025

f t

P qB
t t

t h k w c k





 
 


.                                                               Eqn. 2-13        
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Therefore, both ∆P and 
( )P

t
t

 



 are proportional to 4 t . A 

1

4
 slope becomes a 

diagnostic signal for bilinear flow in both the pressure plot (∆P ~ t) and the derivative 

plot (
( )P

t
t

 



 ~ t) in log-log scales.  

 radial flow 

The flow equation for radial flow is: 

 

2

4
ln( )

4 1.78 t w

q kt
P

kh c r



 
  ,                                                                        Eqn. 2-14 

 

where rw is the wellbore radius. The log form and the derivative form of the equation are 

written as: 

 

 
2

2.31 4
log( )

4 1.78 t w

q kt
P

kh c r



 
  .                                                                  Eqn. 2-15 

 

 
( )

4

P q
t

t kh





 
 


.                                                                                       Eqn. 2-16 
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Chapter 3: Methodology  

3.1 COMPLEX FRACTURING RESEARCH CODE (CFRAC) 

Complex Fracturing ReseArch Code (CFRAC) was developed by Dr. Mark 

McClure and Dr. Roland Horne between 2010 and 2012 at Stanford University. From the 

beginning of 2013, development has been ongoing in Dr. McClure's research group at 

The University of Texas at Austin. The simulator is written in C++ and visualization is 

performed in MATLAB. The full details of CFRAC are summarized in Chapter 2 of 

McClure (2012). 

CFRAC simulates fluid flow in discrete fracture networks (DFN), with leak-off 

from the fracture into the surrounding matrix. Flow in the matrix can be simulated fully 

numerically with an unstructured mesh. The model calculates the stresses induced by 

opening and sliding along individual fractures and couples opening and slip to fracture 

transmissivity. A new 3D version of CFRAC is available, but for the simulations in this 

research, the 2D version was used. CFRAC can be run in plane strain or with the psuedo-

3D adjustment of Olson (2004). In CFRAC, the systems of equations are coupled using 

iterative coupling. The structure of the code is illustrated in Figure 3.1. The main 

advantage of iterative coupling is that it allows separate modules for each problem. 

Compared to solving the entire system of equations all at once, iterative coupling can be 

less computationally expensive.  

CFRAC assumes an isothermal, isotropic, and homogeneous reservoir and single-

phase flow. For this study, the ability to simulate polymer transport and complex fluid 

rheology was implemented into CFRAC. Polymer transport is simulated with a system of 

mass balance equations in a separate module. Polymer rheology functions were 
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implemented into the system of flow equations, updating the fluid viscosity and the flow 

calculations.  

 

 

Figure 3-1 summary of the iterative coupling approach for a single time step. The steps 

labeled in blue were newly implemented for this study. 

 

3.2 POLYMER MASS BALANCE EQUATIONS 

 The finite volume method is used to simulate polymer transport. As it is shown in 

Figure 3-1, the system of polymer transport equations is solved in a separate module, 

with pressure, stresses, and flow rates calculated in other modules. Polymer dispersion 

and adsorption are neglected, and the simulations are single-phase and isothermal. The 

unsteady state polymer mass balance equation for a fracture element is: 
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( )
( ) 0

p

flux p

EC
u eC

t


 


,                                                                         Eqn. 3-1 

 

where 
pC  is the polymer concentration for a single fracture element (mass per volume), 

E is the void aperture (the fluid storage per area), t is time, e is the hydraulic aperture (the 

thickness of aperture available for flow) and 
fluxu  is the fluid flux (volumetric flow rate 

per cross-sectional area). The fluid flux is calculated in a separate model and held 

constant in the polymer transport module. 

The unsteady state polymer mass balance equation for a matrix element is: 

 

( )
( ) 0

p

flux p

C
u C

t


 


,                                                                            Eqn. 3-2 

 

where   is the porosity of the matrix.   

3.2.1 Explicit method 

 In the explicit method, polymer concentrations in the system are calculated using 

values from the previous time step. The discrete mass balance equations are: 

 
1

,

( ) ( )
( ) 0

n n

frac p i frac p i n n

ik p ik

k

V C V C
q C

t

 
 


 ,                                                  Eqn. 3-3 

 
1

,

( ) ( )
( ) 0

n n

pore p i pore p i n n

ik p ik

k

V C V C
q C

t

 
 


 ,                                                  Eqn. 3-4 

 

where fracV  and poreV  are the volume of the fracture element and the pore volume of 

matrix element, respectively, i is the index of the element, n is time step, t is time, ikq  is 
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the flow rate between element i and element k with a negative sign if the fluid is flowing 

out of element i. In the flow terms, 
pC  is up-winded using the polymer concentration of 

the element with higher pressure. 

 In the explicit method, the polymer concentration (
pC ) of the flow terms is 

calculated using the value for the previous time step (n). 

3.2.2 Implicit method 

In the implicit method, polymer concentrations in the system at the next time step 

are calculated from the values in the current time step. This creates a system of equations. 

The system of equations is linear because the mass flow rates are assumed constant. The 

residual functions of the fracture and matrix elements are:  

 
1

1 1 1

, ,

( ) ( )
( ) ( )

n n

frac p i frac p in n n

p i ik p ik

k

V C V C
R C q C

t



  


 


 ,                                      Eqn. 3-5 
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1 1 1

, ,

( ) ( )
( ) ( )

n n

pore p i pore p in n n

p i ik p ik

k

V C V C
R C q C

t



  


 


 ,                                     Eqn. 3-6 

 

where, 
1

,( )n

p iR C 
 is the polymer residual function (a function of the polymer 

concentration) of the element i at (n+1)
th

 time step and element i can either be a fracture 

element or a matrix element in the two equations above. t  is the time stepping between 

n
th

 and (n+1)
th

 time step. Unlike the explicit method, the implicit method evaluates the 

flow terms at (n+1)
th

 time step. The vector of the unknowns consists of the polymer 

concentrations of all the elements in the simulation (
1n

pC 
). At time step (n+1), the initial 

guess for 
1n

pC 
 is 

n

pC , the solution vector from last time step.   
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The explicit method is easier to implement. However, it is numerically unstable 

unless very small time steps are taken. As a result, the implicit method is much more 

efficient. 

3.3 HPAM RHEOLOGY MODELS 

There has been relatively little investigation of polymer fluid rheology during 

flow in fractures. A previous study did coreflood experiments using cores with smooth 

and rough fractures and found that the HPAM solution was only shear thinning when 

flowing through the fractures, never shear thickening (Zechner et al., 2013). This is 

apparently because fracture apertures are sufficiently large that significant contraction-

expansion of the polymer molecule does not occur. 

Based on these arguments from the literature, different rheology functions were 

used for polymer fluid flow in porous media and fractures. Both shear thinning and shear 

thickening viscosities were included for polymer fluid flow in porous media. Only shear 

thinning viscosity was used for flow in fractures. The models and related parameters are 

explained in the following two sections.  

3.3.1 HPAM rheology function in porous media 

The unified model (Eqn. 2-5) was proposed to calculate the polymer viscosity in 

porous media (Delshad et al., 2008). The values of the associated parameters are 

explained in the following section and summarized in Table 3-1. More details can be 

found in Section 20 in UTCHEM manual (Delshad et al., 2000). In Eqn. 2-5, 
0

p  is the 

zero shear rate viscosity, defined as a function of the polymer concentration and solution 

salinity (Eqn. 3-10).  
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 0 2 3

1 2 31 pS

p w p p p p p p SEPA C A C A C C      
 

,                                          Eqn. 3-10 

 

where pS

SEPC  is the effective salinity in meq/ml, 
1pA , 

2pA  and 
3pA  are model parameters 

obtained from laboratory data. Since CFRAC doesn't keep track of salinity, a set of lab 

experimental data with 
pS  equal to zero was selected to eliminate the effect of salinity.     

1 2exp( )pC   ,                                                                                      Eqn. 3-11 

 max 11 22 lnw pAP AP C   ,                                                                    Eqn. 3-12 

0 1r pC    ,                                                                                             Eqn. 3-13  

 

where, 1 , 2 , 11AP , 22AP , 0 , and 1  are model parameters obtained from laboratory 

measurements.  

The apparent shear rate, 
eff , is evaluated using Cannella equation (Eqn. 2-1). 

Because CFRAC only has single-phase fluid flow, both krw and Sw are equal to 1. Thus, 

the equation for the apparent shear rate can be re-written as: 

 

 

/( 1)
3 1

4

n n

w
eff

un
C

n k




   
   

    
 ,                                                                  Eqn. 3-14 

 

In CFRAC, the polymer viscosity functions are implemented within the system of 

fluid flow equations by updating the flow terms in the residual functions and derivative 

terms in the Jacobian matrix.  

For each flow term in the fluid flow residual functions, the flow between elements 

(mass flow rate per time) is calculated as a function of pressure. For polymer fluid flow, 

the viscosity has to be updated using the rheology functions discussed above in order to 
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calculate the flow terms. First, the Darcy velocity, wu , is calculated using an initial guess 

of apparent viscosity. Then the apparent shear rate (
eff ) and the polymer viscosity are 

calculated using Eqn. 3-14 and Eqn. 2-5, respectively. Iterations are performed with the 

secant method until the difference between the guess value and updated value of the 

apparent viscosity is within a reasonable tolerance level.  

For each derivative term in the Jacobian matrix, the derivative of the residual 

function with respect to pressure is calculated. After implementation of the polymer 

rheology function, the fluid viscosity becomes a function of pressure, and this needs to be 

included in the derivatives in the Jacobian. The derivative of the fluid viscosity with 

respect to pressure is numerically evaluated as: 

 

 
( ) ( )app app appP P P

P P

    


 
,                                                                Eqn. 3-15 

 

where P  is a small change in pressure. The apparent viscosity is re-evaluated with 

pressure of P P  to obtain another new value of apparent viscosity ( )app P P   using 

the same iteration process described above. If the change in viscosity is too small, 

numerical roundoff error can cause the approximation to be inaccurate. To avoid this, the 

code performs a check after the difference is calculated, and if necessary, the procedure is 

repeated with a larger value of P . 
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parameters values parameters values 

w  0.001 Pa·s 2  0.01 

n  0.78 2n  3.5 

1pA  35 11AP  21.764 

2pA  435 22AP  3.4964 

3pA  1055 0  0.008905 

1  0.0192 1  0.2992 

2  18.522 C 6 

Table 3-1 parameters for unified rheology model of HPAM solution 

  

3.3.2 HPAM rheology function in fractures 

The unified rheology model (Eqn. 2-5) consists of a shear thinning and shear 

thickening part. The first part is based on the Carreau equation (Eqn. 2-3) for modeling 

shear thinning viscosity. It is now applied for polymer fluid flow in fractures and re-

written as: 

 

  
( 1)/2

2
0( ) 1

n

app w p w eff    


    
  

,                                                  Eqn. 3-16 

 

where all the parameters are consistent with the ones applied in Eqn. 2-5, and the values 

can be found in Table 3-1.  

The polymer fluid flow in the fracture is modeled as linear flow in a slit (Figure 3-

2). With no analytical solution of the apparent shear rate available in current literature, 

the apparent viscosity for fracture flow must be calculated numerically.  
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Figure 3-2 polymer fluid flow in the fracture 

 

First, the flow velocity profile along the aperture of the fracture is calculated 

numerically by coupling the rheology function and momentum balance equation (Eqn. 3-

17 ~ Eqn. 3-19).  
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,                                 Eqn. 3-17 
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,                                                                                         Eqn. 3-19 

 

The flow velocities are discretized to multiple elements across the aperture. In the 

three equations above, i  is the shear stress at element i, ,eff i  is the shear rate at element 
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i (which is calculated from velocities of neighbored elements using the finite difference 

method), ix  is the coordinate of element i based on the coordinate system shown in 

Figure 3-2, P  is the pressure drop between two elements, L  is the distance between 

two elements, which is the average length of the two fracture elements, and x  is the 

distance between two neighbored elements along the aperture.   

Residual functions are defined based on Eqn. 3-17 ~ Eqn. 3-19 as: 
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2 2
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         

      

,            Eqn. 3-20 

 

The system of equations is solved using the Newton-Raphson method. Because 

the problem is 1D, the Jacobian matrix is bidiagonal, and can be solved very efficiently. 

An average value of viscosity is calculated based on the distribution of fluid velocity and 

viscosity along the fracture aperture. 

In the fluid flow module, the derivative of viscosity with respect to pressure is 

numerically evaluated using Eqn. 3-15, similar to the method used for matrix flow.  

 

 

 



 26 

Chapter 4: Model Validations 

4.1 VALIDATION OF CFRAC WITH KGD MODEL 

The Khristianovich-Geertsma-de Klerk (KGD) model is a two-dimensional (2D) 

model for hydraulic fracture propagation. The assumption of the fracture geometry is 

shown in Figure 4-1. In the KGD model, the fracture height is assumed constant and the 

fluid is assumed to be a Newtonian fluid with constant viscosity. The relationship 

between aperture and pressure is calculated with a plane strain assumption, with the plane 

cut along the fracture length. This means that the fracture stiffness scales with fracture 

length, unlike the PKN model where fracture stiffness scales with fracture height. 

Assuming zero leakoff, the equations for fracture half length (xf) and the maximum 

fracture width (w0) at the center of the fracture are (Valkó and Economides, 1995): 
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                                                                       Eqn. 4-2 

 

where fx  is the half-length of the fracture in m, 0w  is the maximum width of the fracture 

in m, q is injection rate in m
3
/s,   is fluid viscosity in Pa·s, h is fracture height in m, G is 

shear modulus in Pa,   is the Poisson ratio, and t is time in s.    
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Figure 4-1 fracture geometry in KGD model 

 

 For validation, a simulation was run in CFRAC to simulate the propagation of a 

single hydraulic fracture. A CFRAC simulation of a single fracture in plane strain is 

analogous to the KGD model. The results for the fracture dimensions (the half-length and 

maximum width of the fracture) were compared to the analytical solutions from the KGD 

model. The settings of the simulation are summarized in Table 4-1 and the simulation 

results are demonstrated in Figure 4-2 and Figure 4-3. The simulation results were 

consistent with KGD analytical solutions. The match for fracture width at the well was 

nearly perfect. The match was not quite as good for the comparison based on fracture 

length, but still very close. The difference was probably because of assumptions in the 

KGD model related to the pressure distribution very close to the crack tip. 
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Parameter Values 

injection rate, q 0.1 m
3
/s  

reservoir height, h 100 m 

water viscosity,   0.001 Pa·s 

shear modulus, G 1.5×10
10

 Pa 

Poisson ratio,   0.25 

Table 4-1 simulation settings for CFRAC validation with KGD model 

 

 

Figure 4-2 the fracture half-length from the simulation result and KGD solution 
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Figure 4-3 the fracture maximum width from the simulation result and KGD solution 

 

4.2 VALIDATION OF POLYMER TRANSPORT IN CFRAC 

If the polymer rheology functions are not used (described in Section 3.3), the 

polymer behaves simply like a solute. A validation for the polymer transport was 

conducted by simulating 1D advective flow. In the simulation, water was injected for a 

sufficiently long time to reach steady state, forming a constant pressure gradient from 

wellbore to the two edges of the problem domain. Then, polymer at a specified 

concentration was introduced to the injection fluid, while the injection rate was 

maintained constant. The main settings in the simulation are summarized in Table 4-2. 

Figure 4-4 shows the polymer transport front during the simulation.  
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Parameter Values 

injection concentration, Cp,inj 2000 ppm 

injection rate, q 0.1 m
3
/s 

porosity,   20% 

permeability, k 300 mD 

reservoir height, h 100 m 

Table 4-2 simulation settings for polymer transport validation 

 

 

Figure 4-4 visualization of polymer transport front of 1D advective flow 
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In Figure 4-4, the black vertical line is the wellbore and constant pressure 

boundaries are set at the left and right edges of the domain. The upper and lower edges 

are no-flow boundaries. The sharp front of the polymer transport is consistent with 

expected result of 1D advective flow. 

To better understand numerical dispersion, simulations with different element 

sizes were conducted and the results were compared. Figure 4-5 shows the polymer 

transport front by plotting the polymer concentration versus distance away from the 

wellbore. Three different simulation cases are shown, each with a different element size. 

Different line styles in the figure represent results at three different times during the 

simulations. The results indicate that the numerical dispersion cannot practically be 

eliminated in the simulation but can be effectively reduced by using sufficiently small 

elements.    

 

 

Figure 4-5 numerical dispersion in polymer transport with different element sizes 
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4.3 VALIDATION OF HPAM RHEOLOGY MODEL IN POROUS MEDIA 

Based on the unified model in Eqn. 2-5, HPAM rheology curves with different 

polymer concentrations are shown in Figure 4-6.  For all three curves, as shear rate 

moves from high to low, the viscosity decreases due to the shear thickening effect and 

then increases due to the shear thinning effect. For radial flow in porous media with a 

constant injection rate, the flow velocity decreases away from the wellbore, and 

accordingly, the shear rate decreases as well. With shear thickening and shear thinning, 

the viscosity should be high at the wellbore, decrease with distance, and then increase 

again. Based on this hypothesis, a simulation of radial flow of polymer solution was set 

up. The simulation settings are summarized in Table 4-3.  

The viscosity distribution was visualized to validate the implementation of both 

shear thinning and shear thickening viscosity functions (Figure 4-7). Figure 4-7 shows 

that the viscosity was very high near the wellbore. Away from the wellbore, viscosity 

decreased due to the transition from shear thickening to shear thinning. At further 

distance, viscosity increased again due to the diminishing shear thinning effect. This is 

consistent with the rheology curves in Figure 4-6 and also our expectation for the 

behavior of the system.  
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Figure 4-6 HPAM rheology in porous media at different concentrations 

 

 

Parameter Values 

injection concentration, Cp,inj 1000 ppm 

injection rate, q 0.05 m
3
/s 

porosity,   10% 

permeability, k 500 mD 

reservoir height, h 100 m 

Table 4-3 simulation settings for HPAM rheology validation 
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Figure 4-7 viscosity distribution of polymer radial flow 

 

4.4 VALIDATION OF PRESSURE TRANSIENT RESULTS FROM CFRAC 

For validation, radial flow of water (without polymer) was simulated, and the 

pressure transient results were analyzed. Water injection was simulated until steady state 

and then the well was shut-in to monitor the pressure transient. The simulation settings 

are summarized in Table 4-4. The pressure data was interpreted based on Eqn. 2-14 ~ 

Eqn. 2-16. The results are shown in Figure 4-8 and Figure 4-9. 
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Parameter Values 

injection rate, q 0.004 m
3
/s 

water viscosity,   0.001 Pa·s 

porosity,   20% 

permeability, k 300 mD 

reservoir height, h 20 m 

Table 4-4 simulation settings for pressure transient results validation 

 

Based on Eqn. 2-14 and the settings in Table 4-4, the expected semilog derivative 

of pressure can be calculated as: 
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This analytical derivative value was compared to the values from the simulation 

results. From Figure 4-8 and 4-9, the derivative terms during the injection and after the 

shut-in are: 
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Both values are comparable to the analytical solution.  
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Figure 4-8 pressure transient during water injection (no frac) 

 

 

Figure 4-9 pressure transient after well shut-in (water injection, no frac) 
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Chapter 5: Results and Discussions  

5.1 SIMULATIONS OF POLYMER INJECTIONS 

Polymer injections were simulated with settings summarized in Table 5-1. The 

well was set in the middle of the problem domain and injected polymer solution at a 

constant rate and specified polymer concentration. Constant pressure boundaries were set 

at all four edges of the problem domain so that steady state would be reached at late time. 

Once steady state was established, the well was shut-in for pressure transient monitoring. 

The eight simulations were divided into two groups with different remote stresses. 

In one group, the remote stresses were much higher than the pore pressure in the 

reservoir. In the other group, the remote stresses were close to the pore pressure in the 

reservoir, representing an overpressured formation.  

Within each group of simulation, four cases were simulated, varying two 

variables: the presence of an induced hydraulic fracture and the polymer rheology. In 

some simulations, it was assumed as a model assumption that a hydraulic fracture could 

not form. In the simulations where the hydraulic fracture was permitted to form, it was 

assumed to be a single linear feature. For the polymer rheology, it was assumed that 

either there was only shear thinning in the matrix or that there was a combination of both 

shear thinning and shear thickening in the matrix. As discussed in Section 3.3, shear 

thinning only was always assumed for flow in the fractures. The four simulations were 

combinations of with/without the induced hydraulic fracture and with/without shear 

thickening in the matrix.  
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Parameters Group 1 Group 2 

maximum horizontal stress, SHmax 3770 psi 2900 psi 

minimum horizontal stress, Shmin 3770 psi 2900 psi 

initial reservoir pressure, Ppore 2610 psi 2610 psi 

reservoir area, A 200 m × 200 m 200 m × 200 m 

reservoir height, h 20 m 20 m 

permeability, k 300 mD 300 mD 

porosity, % 20 20 

injection rate, q 0.004 m
3
/s 0.004 m

3
/s 

injection polymer concentration, 

Cp,inj 1000 ppm 2000 ppm 

Table 5-1 simulation settings for polymer injection cases 

 

5.2 POLYMER INJECTIVITY ANALYSIS 

5.2.1 Polymer injection without induced hydraulic fractures 

Figure 5-1 and Figure 5-2 show the polymer injectivity for the regular pore 

pressure and overpressured cases, respectively. In both cases, shear thickening decreased 

the polymer injectivity by causing extra pressure drop near the wellbore, where the shear 

rate was high. This result is consistent with previous studies on the HPAM rheology in 

porous media (Seright, 1983; Hirasaki and Pope, 1972).   
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Figure 5-1 the polymer injectivity for the normal pore pressure cases (Group 1, no frac) 

 

 

Figure 5-2 the polymer injectivity for the overpressured cases (Group 2, no frac) 
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5.2.2 Polymer injection with induced hydraulic fractures 

Figure 5-3 and Figure 5-4 show the polymer injectivity for simulation cases with 

an induced hydraulic fracture. The presence of the fracture increased the polymer 

injectivity by a factor of 1.7 ~ 4.0 compared to the simulations with no fracture. The 

polymer injectivity in the two simulations with and without shear thickening stabilized at 

the same injectivity level. The large pressure drop caused by the shear thickening effect 

was relieved by the high conductivity of the fracture. By allowing fluid to leak out into 

the matrix over a larger area, the fracture prevented the very high Darcy velocity at the 

wellbore and reduced the overall amount of shear thickening.  

The fracture half-length was only 10m in the regular pressure reservoir, but as 

long as 150m in the overpressured reservoir. The fracture length was different in these 

two cases because leakoff from the fracture was more rapid in the simulations where the 

minimum principal stress (and therefore fracture opening pressure) was much greater 

than the reservoir pressure. 

Fracture initiations can be identified in Figure 5-3 and Figure 5-4 from the abrupt 

increase in the polymer injectivity. Fracture initiation occurred much earlier in the cases 

with shear thickening. In the normal reservoir pressure simulations, the fractures were 

induced at about 17.5 hrs and 75.5 days for the cases with and without shear thickening 

effect, respectively. In the overpressured reservoir simulations, the initiation times were 

about 95 s and 6.5 hrs for the cases with and without shear thickening, respectively.  

To verify the fracture initiation times mentioned above, movies were made of 

fracture aperture as a function of time. The movies confirmed that initiation occurred at 

the point identified from the injectivity plots. The pressure transients during the injections 

(Figure 5-5 ~ Figure 5-8) also indicated fracture initiation at these times. 
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Figure 5-3 polymer injectivity for the normal pore pressure cases (Group 1, with frac) 

 

 

Figure 5-4 polymer injectivity for the overpressured cases (Group 2, with frac) 
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Figure 5-5 pressure transient of the polymer injection in normal pore pressure cases 

(Group 1, with frac, shear thinning only) 

 

 

Figure 5-6 pressure transient of the polymer injection in normal pore pressure cases 

(Group 1, with frac, with shear thickening) 
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Figure 5-7 pressure transient of the polymer injection in normal pore pressure cases 

(Group 2, with frac, shear thinning only) 

 

 

Figure 5-8 pressure transient of the polymer injection in normal pore pressure cases 

(Group 2, with frac, with shear thickening) 
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To investigate the initiation process and better visualize the viscosity distributions 

with and without the shear thickening effect, two additional simulations were conducted 

with a very small element size of 0.1 m and a small domain of 20 m × 20 m. All other 

settings were identical to those in the group 2 in Table 5-1. Figure 5-9 shows the 

viscosity distributions near the wellbore right before the fracture initiations, at 1.67 hrs 

and 3.5min, for the cases without and with shear thickening cases, respectively. With the 

shear thickening effect, the viscosity near the wellbore was much higher than the case 

without shear thickening effect, explaining the earlier fracture initiation. 

 

 

Figure 5-9 viscosity distributions near the wellbore with/without shear thickening effect 

at the moment before fracture initiations. 

 

To summarize, the shear thickening effect decreased the polymer injectivity and 

encouraged earlier initiation of the hydraulic fracture due to the high viscosity near the 

wellbore. However, the hydraulic fracture effectively eliminated the detrimental 
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injectivity of the shear thickening. After the hydraulic fracture formed, the injectivity of 

the shear thinning and the shear thickening/thinning simulations were nearly identical. 

5.3 PRESSURE TRANSIENT ANALYSIS 

In our simulations, the pressure transients after shut-in were easier to interpret 

than the pressure transients during the initial polymer injection. During the initial 

injection, the polymer transport front was propagating away from the well. Spatial 

differences in polymer concentration within the reservoir affect the fluid viscosity, and 

therefore affect the pressure transients. To avoid these complications, we focused our 

analysis on the shut-in transients. Polymer injection was simulated for a sufficiently long 

time to achieve steady state prior to shut-in. Therefore, the polymer concentration was 

uniform in the whole problem domain, and signals from the pressure transients were 

either due to the polymer rheology or due to the presence of induced hydraulic fractures.  

5.3.1 Well shut-in without induced hydraulic fractures 

In this group of simulations, hydraulic fractures were not permitted to form, as a 

model assumption. Three kinds of fluids with different rheology functions were tested: a 

Newtonian fluid with constant viscosity, polymer fluid with shear thinning viscosity in 

the matrix only, and polymer fluid with both shear thinning and thickening viscosity in 

the matrix. As described in Section 3.3, the fluid was assumed only shear thinning in the 

fractures, except in the case where it was assumed to be a Newtonian fluid.  

Figure 5-10 ~ Figure 5-13 show the pressure transient results in the derivative 

plots for the normal fluid pressure and overpressured cases, respectively. In all cases, the 

derivative curve plunges to zero at later time, which is a typical effect for a shut-in test 

and is also caused by the constant pressure boundaries at the problem edge.  
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Prior to the plunge, the derivative curve shows the pressure transient behavior due 

to radial flow in the reservoir. For the Newtonian fluid, the curve is flat, as expected. 

Based on Eqn. 2-16, for radial flow, the derivative term, 
( )P

t
t

 



, is proportional to  , 

with all other variables constant in the simulations.  

The simulations with non-Newtonian fluids had different trends in the derivative 

plots. After shut-in, the flow velocity began to slow down everywhere in the reservoir. 

Lower velocity yields lower shear rate, which affects the fluid viscosity accordingly. For 

both reservoir pressure conditions, the derivative curves increased over time, indicating 

an increasing fluid viscosity, and thus shear thinning behavior (since shear rate was 

decreasing). The domination of the shear thinning effect is also indicated by the identical 

plots for the cases with and without the shear thickening effect. At early time after shut-

in, the derivative term for the shear thickening case showed a sharp decrease, 

representing a decline in the viscosity and thus the shear thickening behavior.  
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Figure 5-10 shut-in pressure transients of the Newtonian fluid for the regular pore 

pressure cases (Group 1, no frac) 

 

 

Figure 5-11 shut-in pressure transients of the non-Newtonian fluid for the regular pore 

pressure cases (Group 1, no frac) 
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Figure 5-12 shut-in pressure transients of the Newtonian fluid for the overpressured cases 

(Group 2, no frac) 

 

 

Figure 5-13 shut-in pressure transients of the non-Newtonian fluid for the overpressured 

cases (Group 2, no frac) 
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5.3.2 Well shut-in with long induced hydraulic fractures 

In this group of simulations, a hydraulic fracture was permitted to form. The 

remote horizontal stresses were set at low values to represent a relatively overpressured 

reservoir. The half-lengths of the fractures induced in the three simulations were 120 m, 

150 m, and 150 m, for the Newtonian fluid, the shear thinning polymer fluid, and the 

polymer fluid with both shear thinning and thickening viscosity, respectively. 

Figure 5-14 and Figure 5-15 show the shut-in pressure transients using the 

derivative plots. Similar to the results in the no fracture cases, the shut-in pressure 

transients of the polymer fluid with and without shear thickening viscosity are nearly 

identical, indicating the domination of shear thinning behavior after the shut-in. During 

the early shut-in periods, linear flow regimes can be diagnosed for all the three cases 

discussed, with a slope of 0.43, 0.41 and 0.41 on the log-log scales, respectively. There 

are points with discontinuities on the derivative curves representing the fracture closures 

at 5.5 hrs, 8.9 hrs, and 8.9 hrs, respectively.  

To verify the identifications of fracture closure, diagnostic curves were plotted as 

shown in Figure 5-16. This figure shows pressure as a function of the square root of the 

time. The linear flow regime is expected right after the well shut-in, before fracture 

closure. Therefore, the point in time when the curve deviates from a straight line should 

be the end of the linear flow regime and thus, the onset of fracture closure. The times 

read from Figure 5-14 and Figure 5-15 are consistent with those from Figure 5-16.  

Finally, movies of fracture aperture versus time were made to directly observe 

when closure occurred. Snapshots in time are demonstrated in Figure 5-17. The residual 

aperture is a value set in CFRAC that represents the fracture aperture at the moment of 

closure. In these simulations, the residual aperture was set 0.5 mm. At the point when the 

fracture aperture reaches the residual aperture everywhere along the fracture, the fracture 
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has mechanically closed. The figures indicate closure times consistent with the 

interpretations from the three previous figures. 

To summarize, the simulations indicate that the presence of a long hydraulic 

fracture can be diagnosed from the pressure transient after shut-in. The diagnosis strategy 

is barely affected by the fluid rheology. After a well is shut-in, shear thickening will 

affect the transient only at very early time. Subsequently, shear thinning behavior will be 

dominant, and the pressure transients of the polymer fluid with and without the shear 

thickening effect will be nearly identical.   
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Figure 5-14 shut-in pressure transients of the Newtonian fluid for the overpressured cases 

(Group 2, with frac) 

 

 

Figure 5-15 shut-in pressure transients of the non-Newtonian fluid for the overpressured 

cases (Group 2, with frac) 
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Figure 5-16 fracture closure diagnosis for the overpressured cases (Group 2):                       

(a) Newtonian fluid; (b) shear thinning only; (c) with shear thickening. 
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Figure 5-17 the fracture aperture at the closure for the overpressured cases (Group 2):         

(a) Newtonian fluid; (b) shear thinning only; (c) with shear thickening. 



 54 

5.2.3 Well shut-in with short induced hydraulic fractures  

In the regular reservoir pressure cases, the half lengths of the fractures induced by 

the three different fluids were 15m, 10m, and 10m, for the Newtonian fluid, the shear 

thinning polymer fluid, and the polymer fluid with both shear thinning and thickening 

viscosity, respectively. Because the reservoir pressure was significantly lower than the 

minimum principal stress, leakoff from the fractures was much more significant, causing 

shorter fractures. 

Figure 5-18 and Figure 5-19 show the pressure transient results in the derivative 

plots. The cases with and without shear thickening showed very similar results, as in the 

previous cases. On the log-log derivative plots, linear flow was identified with a slope of 

0.62, 0.63, and 0.63 before the fracture closure, and 0.46, 0.43 and 0.43 after the fracture 

closures for all the three fluids, respectively. It can be noted that due to the residual 

fracture aperture, linear flow occurred for some period of time after closure. Closure was 

apparent in Figure 5-18 ~ Figure 5-20 at very early time right after shut-in. Closure was 

indicated by the discotinuity of the derivative, rather than the end of linear flow, which 

was a bit later than mechanical closure.  
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Figure 5-18 shut-in pressure transients of the Newtonian fluid for the normal pore 

pressure cases (Group 1, with frac) 

 

 

Figure 5-19 shut-in pressure transients of the non-Newtonian fluid for the normal pore 

pressure cases (Group 1, with frac) 
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Figure 5-20 fracture closure diagnosis for the normal pore pressure cases (Group 1):                       

(a) Newtonian fluid; (b) shear thinning only; (c) with shear thickening. 
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Chapter 6: Conclusions 

 Shear thickening decreases polymer solution injectivity due to the high viscosity 

near the wellbore. This can cause or accelerate the formation of a hydraulic 

fracture.  

 Induced hydraulic fractures substantially enhance polymer solution injectivity. If 

a hydraulic fracture forms, polymer injectivity with shear thinning and shear 

thickening will be nearly the same as the injectivity from a polymer with only 

shear thinning. Thus, the fracture causes the shear thickening to have a negligible 

effect on injectivity.  

 Pressure transient analysis can be applied to diagnose the presence of a hydraulic 

fracture. These diagnostic methods were only modestly affected complex fluid 

rheology. Fracture closure was more difficult to identify in cases where the 

induced fracture was quite short.   
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