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Large-scale geological storage of CO2 is likely to bring CO2 plumes into contact 

with existing wellbores and faults, which can act as pathways for leakage of stored CO2 

Modeling the flux of CO2 along a leaky pathway requires transport properties along the 

pathway. We provide an approach based on the analogy between the leakage pathway in 

wells that exhibit sustained casing pressure (SCP) and the rate-limiting part of the 

leakage pathway in any wellbore that CO2 might encounter. By using field observations 

of SCP to estimate transport properties of a CO2 leakage pathway, we obtain a range of 

CO2 fluxes for the cases of buoyancy-driven (post-injection) and pressure-driven (during 

injection) leakage. The fluxes in example wells range from background levels to three 

orders of magnitude higher than flux at the natural CO2 seep in Crystal Geyser, Utah.  

We estimate a plausible range of fault properties from field data in the Mahogany 

Field using a shale gouge ratio correlation. The estimated worst-case CO2 flux is slightly 

above background range. The flux along fault could be attenuated to zero by permeable 

layers that intersect the fault. The attenuation is temporary if layers are sealed at other 

end. Counterintuitively, greater elevation in pressure at the base of the fault can result in 

less CO2 leakage at the top of the fault, because the capillary entry pressure is exceeded 

for more permeable layers. 



 vii 

Since non-negligible leakage rates are possible along wellbores, it is important to 

be able to diagnose whether leakage is occurring. Concurrent pressure and temperature 

measurements are especially valuable because they independently constrain the effective 

permeability of a leakage path along wellbore. We describe a simple set of coupled 

analytical models that enable diagnosis of above-zone monitoring data. Application to 

data from a monitoring well during two years of steady CO2 injection shows that the 

observed pressure elevation requires a model with an extremely large leakage rate, while 

the temperature model shows that this rate would be large enough to raise the temperature 

in the monitoring zone significantly, which is not observed. The observation well is 

unlikely to be leaking. 

Extraction of brine from the aquifer offers advantage over standard storage 

procedure by greatly mitigating pressure elevation during CO2 injection. A proper 

management of the injection process helps reduce the risk of leakage associated with 

wellbores and faults. We provide strategies that optimize the injection of CO2 which 

involve extraction of brine in two scenarios, namely injecting dissolved CO2 and 

supercritical CO2. For surface dissolution case we are concerned with bubble point 

contour, while for supercritical CO2 injection we are concerned with breakthrough of 

CO2 at extractors.  

In a surface dissolution project, the CO2 concentration front shape when it reaches 

the saturation pressure contour defines the maximum areal extent of CO2-saturated brine 

and hence the aquifer utilization efficiency. We illustrate the reduction of utilization 

efficiency due to heterogeneity of the aquifer. We develop an optimal control strategy of 

the injection/extraction rates to maximize the utilization efficiency. We further propose 

an optimal well pattern orientation strategy. Results show that the approach nearly 

compensates the reduction of utilization efficiency due to heterogeneity. 



 viii 

In a supercritical CO2 injection that involves brine extraction, the problem of 

avoiding breakthrough of CO2 at extraction wells can be addressed by optimizing flow 

rates at each extractor and injector to delay breakthrough as long as possible. We use the 

Capacitance-Resistive Model (CRM) to conduct the optimization. CRM runs rapidly and 

requires no prior geologic model. Fitting the model to data recorded during early stages 

of CO2 injection characterizes the connectivities between injection and brine-extraction 

wells. The fitted model parameters are used to optimize subsequent CO2 injection in the 

formation. Field illustration shows a significant improvement in CO2 storage efficiency. 
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Chapter 1: Introduction 

1.1 GEOLOGIC CARBON SEQUESTRATION 

1.1.1  Global Climate Change 

Global warming has been recognized as one of the biggest global-scale issue 

facing human beings (Yamasaki, 2003). Carbon dioxide (CO2) is the most common 

anthropogenic greenhouse gas (GHG) found in the atmosphere (Norman et al., 2007). In 

the year 2000, fossil fuel combustion in the United States (US) alone accounted for the 

release of approximately 114.1 trillion standard cubic feet of CO2 to the atmosphere 

(Sobers et al., 2004). Today atmospheric CO2 concentrations are more than 30% higher 

than before the industrial revolution and present levels were never attained during the 

past 20 million years (IPCC, 2001; Karnosky, 2003; Marini, 2006). 

Since the beginning of the industrial revolution, the total amount of CO2 in the 

atmosphere has risen by about a third, from 2,100 billion tons to 2,750 billion tons (NPC, 

2007). In terms of parts per million (ppm), the pre-industrial levels of CO2 were about 

280 ppm as opposed to a current level of 380 ppm. Between 1970 and 2004 alone, annual 

emissions of carbon dioxide grew by about 80% (IPCC, 2007). Figure 1.1 illustrates 

world carbon dioxide emissions and growth projections by the Energy Information 

Administration (EIA) for various economic growth scenarios (IEA, 2006). It is predicted 

that the global average temperature will rise by about 4°C by the year 2100 if current 

emission trends continue (IPCC, 2005). 



 2 

 

Figure 1.1: World Carbon Dioxide Emissions - Growth Projections (IEA, 2006) 

 

1.1.2  Geologic CO2 Storage 

CO2 is the most abundant anthropogenic greenhouse gas and hence is the best 

target for reducing the greenhouse gas effect. To have any effect on the rate of 

anthropogenic CO2 emissions, it will be necessary to avoid or store several hundred 

billion cubic feet per day (bcf/day) of CO2 (Bryant, 2007). Carbon Capture and Storage 

(CCS) is a new technology that can help reduce the effects of global warming by storing 

these emissions in geological sites (IEA, 2004 and 2008; IPCC, 2005 and 2007). 

Geologic carbon sequestration (GCS) is to use natural pore spaces in geologic formations 

as reservoirs for long term CO2 storage (Figure 1.2). 
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Figure 1.2: Options for storing CO2 in deep underground geological formations (IPCC, 

2005) 

Geologic CO2 storage as a greenhouse gas mitigation option was first proposed in 

the 1970s, but little research was done until the early 1990s, when the idea gained 

credibility by the work of certain individuals and research groups (van der Meer, 1992; 

Bachu et al., 1994). In a little over a decade, a lot of pilot-scale to commercial-scale 

geologic CO2 storage projects have sprung up. Figure 1.3 maps the sites where activities 

relevant to CO2 storage are planned or currently underway. 
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Figure 1.3: Location of sites where activities relevant to CO2 storage are planned or under 

way. (IPCC, 2005) 

It is conceivable that CO2 could be stored in other options such as on land, either 

through the natural growth of trees, or in an artificial storage (Freund, 1997) but neither 

of these storage options can act alone. Bryant (2007) stated that the energy industry 

currently invests approximately USD 0.1 trillion/year to renew and maintain hydrocarbon 

production and hence storing CO2 at rates large enough to make a difference is likely to 

require comparable capital investments. This industry can therefore provide jobs and 

hence boost the economy by ensuring sustainable development. It must also be noted that 

greenhouse gas (GHG) mitigation cannot be accomplished by CO2 storage alone, but 

effective mitigation without storage would be much more difficult.  

A global effort to reduce the amount of CO2 released into the atmosphere will 

primarily involve capturing CO2 from fixed sources, such as coal-fired and gas fired 

power plants, and injecting it into geologic formations (Orr, 2004). CO2 capture and 
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geological storage could provide a significant GHG mitigation option if the cost of 

capture is reduced and the public can be assured that geological storage is safe, 

measurable and verifiable (Wright et al., 2004). There is also a need to develop and 

qualify new technological solutions that capture CO2 when burning fossil fuels (Helle et 

al., 2007).  

 

1.1.3  Trapping Mechanisms 

CO2 injection into the subsurface causes the pressure in the near wellbore region 

to build up, allowing CO2 to enter pore spaces that were previously occupied by in-situ 

formation fluids. The amount of pressure buildup will depend upon the injection rate, 

formation permeability and other hydrogeological properties, thickness of the injection 

interval, and the injection well pattern in the subsurface (Oruganti and Bryant, 2008).  

The effectiveness of geologic storage (storage security) depends on a combination 

of geochemical and physical trapping mechanisms. Trapping contributions over time of 

each of the trapping mechanisms is depicted schematically in Figure 1.4 (IPCC, 2005). 

The major trapping mechanisms are summarized as: 

 Structural and stratigraphic trapping: trapping below an impermeable, confining 

layer (caprock). Physical trapping can occur in stratigraphic and structural traps 

which are occupied by saline water. Structural traps include those formed by folds 

or faults. Faults can act as permeability barriers or capillary barriers (Salvi et al, 

2000) for trapping of injected CO2. 

 Residual trapping: retention as an immobile phase trapped in the pore spaces of 

the storage formation. This trapping mechanism has been recognized as the most 

rapid method for removing CO2 from its free phase with time scales in the order 
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of years to decades (Ennis-King and Paterson, 2003; Kumar et al., 2005; Obi and 

Blunt, 2006; Qi et al., 2009). 

 Solubility trapping: dissolution in the in-situ formation fluids. Dissolved CO2 

becomes the dominant form of CO2 storage in aquifers over periods of tens to 

hundreds of years following injection (Weir et al., 1996; Lindeberg and Wessel-

Berg, 1997). Continued migration and dispersion drive both free and dissolved 

CO2 toward zero (McPherson and Cole, 2000). 

 Geochemical trapping: reacting with the minerals in the storage formation and 

caprock to produce carbonate minerals. Mineralization is a very slow 

thermodynamic process and can take hundreds to thousands of years or more to 

complete (Gunter et al., 1997). 
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Figure 1.4: Storage security depends on a combination of physical and geochemical 

trapping. Over time, the physical process of residual CO2 trapping and 

geochemical processes of solubility trapping and mineral trapping increase. 

(IPCC, 2005) 

 

1.2  RISK OF CO2 LEAKAGE 

1.2.1  Significance 

The major challenges facing geologic storage are associated with risk assessment 

of storing the CO2 underground (Bryant, 2007). According to IPCC (2005), if more than 

1% of the stored amount leaks then the project will be deemed unsuccessful. In order to 

gain public acceptance for geologic storage as a viable technology for reducing 

atmospheric emissions of CO2, it is necessary to address the issues affecting GCS and 

demonstrate that CO2 can be injected and stored safely in geologic formations. This 
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requires an understanding of the risks and hazards associated with geologic storage and a 

demonstration that the risks are acceptably small or can be mitigated.  

Hepple and Benson (2002) suggested that if leakage rates were less than 

0.01%/year (equivalent to 90% retention over 1000 years), geological storage would be 

very effective as a greenhouse gas mitigation method. Others have suggested that 

somewhat less stringent requirements would provide sufficient benefits to warrant 

widespread application of Carbon Capture and Storage (CCS). Worldwide, generally 

accepted performance standards regarding the retention rates, or leakage rates, from 

geological storage reservoirs have not been established. In Australia, a project called 

CO2CRC is proposing retention rates of 99% over 1000 year period. The IPCC Special 

Report concluded that at least 99% retention is likely for well selected and managed 

storage sites (Benson, 2006; Jenvey et al., 2008). 

There is also a chance that sequestration may not be permanent and leakage of 

CO2 may occur with time. Hence, the concept of temporary storage of CO2 was 

introduced. According to Herzog et al. (2003), as compared to permanent storage of CO2 

into the geologic formations, there is also possibility of temporary storage due to leakage. 

A common assumption is that storage of 100 years or more is permanent storage, while 

that for less than 100 years would be considered temporary storage (Kumar, 2004). 

 

1.2.2  Mechanisms of Leakage 

When CO2 is injected in geological reservoirs, it might migrate out of the 

reservoir through the subsurface and finally to the atmosphere/biosphere. The potential 

for leakage will depend on well and cap rock (seal) integrity and the trapping mechanism. 
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The primary driver for leakage is the buoyancy of CO2 under typical deep conditions 

(depths >800m) (Burton, 2008). 

As CO2 is dissolved in water, the density of that water increases. Thus water with 

dissolved CO2 will sink relative to the surrounding water, and upward leakage of CO2 is 

limited to migration with regional flows. Dissolved CO2 in the water phase will change 

the equilibrium between brine and the minerals in the surrounding rock. Chemical 

reactions may occur which have a potential to mineralize CO2 and change the flow 

properties of the rock. When the CO2 is injected as a pure phase, the pressure and 

temperature regimes imply that it is supercritical. Supercritical CO2 under these 

conditions is much denser than CO2 in gaseous phase, but still less dense than water. The 

buoyancy of CO2 will drive it upwards, thus creating a potential for leakage. Leakage to 

the surface may occur through geological fractures and faults in the confining layers and 

through abandoned wells from oil exploration and production (Nordbotten, 2004), see 

Figure 1.5.  
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Figure 1.5: Possible pathways (wellbore, fault and fracture) that CO2 leakage can occur 

after injection (Damen et al, 2006). 

Generally, gas trapped under a cap rock can leak due to cap rock failure. A cap 

rock failure is a generic term for various mechanisms described here. Capillary leakage 

occurs when the pressure difference of fluid phase and the water phase in the pores 

adjacent to the cap rock is higher than the capillary entry pressure of the cap rock. 

Diffusion of CO2 (caused by a difference in CO2 concentration) through the cap rock is 

expected to be a very slow process, but can be the controlling mechanism for leakage on 

the long-term. Wellbore degradation may affect permeability of cement, which might 

increase leakage rates in time. Over long time scales, wells may thus serve as preferential 

leakage pathways and may therefore represent a significant (long-term) risk (Celia and 

Bachu, 2003). CO2 might leak through man-made fractures, such those induced 

deliberately by hydraulic fracturing or inadvertently during injection. Fractures can be 
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created by over pressuring the reservoir. Also the earlier production/injection processes to 

exploit hydrocarbon reservoirs may have created fractures. It is possible that fractures 

will be sealed in time by precipitation of newly formed minerals, but could also be re-

opened as a consequence of changes in stresses and/or pressures during CO2 

sequestration. Dilatant shear deformation and fracturing may occur in cap rocks, which 

can ultimately create preferential flow paths and increase the cap rock permeability. 

However, shear deformation can also result in a reduced permeability (Jimenez and 

Chalaturnyk, 2003). High permeability zones might be formed by reaction of CO2 with 

the cap rock, causing the cap rock to dissolve according to the composition of the rock. 

CO2 can also dehydrate clay-rich shales in the cap rock, thereby increasing its 

permeability. CO2 might leak through open (non-sealing) faults which extend into the cap 

rock. The risk for leakage along faults can be minimized by performing a detailed 

analysis of the geological setting of the reservoir prior to injection (Damen et al., 2006). 

Seismic disturbances might cause cap rock failure.  

Of these mechanisms, leakage along or through wells, faults and fractures are 

generally considered to be the most important leakage pathways. CO2 leakage through 

the cap rock is less controllable and more dependent upon geological characteristics than 

CO2 migration through or along wells. Hardly any measurements of CO2 leakage via 

these mechanisms have been performed; this makes it rather difficult to quantify the 

chance it may occur and the possible health, safety and environmental consequences.  

Deep saline aquifers have not been researched as thoroughly as hydrocarbon 

reservoirs. However, leakage from deep saline aquifers basically occurs via the same 

mechanism as discussed above. A major difference with hydrocarbon reservoirs is that 

aquifers often have cap rocks or overlying sealing formations, but no buoyant fluids have 

existed in the aquifer and so there is no direct evidence that the cap rock will hold such 
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fluids. Since deep saline aquifers are not of economic interest like hydrocarbon-

reservoirs, the number of wells in aquifers, and consequently the potential for CO2 

leakage through/along wells is relatively low. However, exploration and production wells 

have been drilled through some deep saline aquifers, and this has created potential 

leakage pathways. Another difference with hydrocarbon reservoirs is the fact that CO2 

injection in an aquifer will induce a pressure increase in the reservoir, because the space 

to store CO2 only becomes available as a result of compression of the fluids and rock in 

the reservoir, or as a result of displacement of formation water into adjacent formations 

or to the surface (Damen et al., 2006). 

The highest risk of leakage could occur during the injection phase of the project 

or shortly thereafter. This is due to the fact that the reservoir pressure will be highest 

during the active injection phase of the project. Thus the driving forces that could cause 

leakage will be greatest during this time. For example, if the capillary entry pressure of 

the seal is exceeded allowing CO2 penetration through the seal, this is most likely to 

occur during injection. Similarly, the possibility for fault reactivation is greatest while the 

reservoir pressure is high. Potential leakage rates through wells are likely to be the 

highest when the reservoir pressure is high. The overpressure is more significant near the 

injector and decreases as it gets farther from the injector (Figure 1.6). 
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Figure 1.6: The overpressure is more significant near the injector and decreases as it gets 

farther from the injector (Oruganti, 2010). 

 

1.2.3  Reducing Risk of Leakage 

A slow leak that does not affect other assets in the subsurface or in near surface 

environments is far preferable than not storing the CO2 at all. Decreasing the risk of 

leakage from any given storage target is certainly achievable, but the cost of storage may 

increase correspondingly (Bryant, 2007). The economic feasibility of geologic CO2 

sequestration and stakeholder acceptance of the technology must account for the risk of 

leakage from the target formation. Since CO2 has a modest solubility in water and also 

could dissolve in oil, solubility trapping is an important trapping mechanism in deep 

saline aquifers and depleted oil and gas fields. When injecting CO2 in an aquifer, CO2 

will mainly be present as a supercritical fluid before it fully dissolves. Model calculations 

of CO2 injection in the Upper Plover formation (Australia) indicate that complete 
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dissolution is expected to take place on a time scale ranging from 10,000 to 100,000 

years (Ennis-King and Paterson, 2003). The solubility of CO2 under field conditions 

remains an uncertainty (Damen et al., 2006). When the CO2 is completely dissolved, 

leakage is no longer possible, since free CO2 is not present anymore, provided that no 

CO2 is released as a consequence of pressure and temperature changes in the reservoir.  

Injection of supercritical CO2 into deep structures alone without extraction of 

brine (referred as standard storage procedure) imposes the following risks: 1) The 

buoyancy of CO2 increases the potential for leakage along geological and human 

introduced discontinuities, such as faults and leaky wellbores (Gasda et al., 2004; Pruess, 

2004; Nordbotten et al., 2005; Tao et al., 2010); 2) Large-volume injection of bulk CO2 

typically elevates aquifer fluid pressure (van Engelenburg and Blok, 1993; van der Meer 

and van Wees, 2006; Schembre-McCabe et al., 2007). Elevated pressure has the potential 

to impact storage integrity (Chiaramonte et al., 2008) and to cause long-term regional 

environmental effects (Nicot, 2008; Birkholzer et al., 2009). Injection above the 

threshold rate may induce fracturing of the storage formation and possibly seismic 

activity (Perkins and Gonzalez, 1985; Detienne et al., 1998; Luo and Bryant, 2010); 3) 

Contamination of ground water resources might occur due to CO2 migration and 

displacement of native high-salinity brine (IPCC, 2005; Benson et al., 2007; Price et al., 

2007). These risks directly result in higher monitoring and insurance costs. 

Extraction of brine from the aquifer offers advantage over standard storage 

procedure by greatly mitigating pressure elevation during CO2 injection. A proper 

management of the injection process would help reduce the risk of leakage associated 

with wellbores and faults. In Chapter 5 and 6 of this dissertation, we provide strategies 

that optimize the injection of CO2 which involve extraction of brine in two scenarios, 

namely injecting dissolved CO2 (Chapter 5) and supercritical CO2 (Chapter 6). For 
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surface dissolution case we are concerned with bubble point contour (Section 5.2), while 

for supercritical CO2 injection we are concerned with breakthrough of CO2 at extractors 

(Section 6.1). Chapter 5 and 6 address these two problems respectively, and describe the 

different approaches to optimization. 

The surface dissolution process is to dissolve CO2 into brine extracted from the 

storage formation, then inject the CO2-saturated brine into the storage formation (Figure 

1.7). This  strategy eliminates the risk of buoyant migration of stored CO2 because the 

CO2 saturated brine is slightly denser than resident brine. It also greatly mitigates the 

extent of pressure elevation during injection, eliminates pressure interference between 

storage projects and eliminates the problems associated with large-scale displacement of 

brine. Although the surface dissolution process results in higher capital and operating 

costs, it reduces the costs of monitoring or insuring against buoyancy-driven CO2 leakage 

substantially (Burton and Bryant, 2009). 
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(a) (b) 

Figure 1.7: (a) Schematic of the standard approach for carbon capture and sequestration 

(CO2 bulk phase) includes the captured stream which is compressed to an 

appropriate pressure and injected into a brine aquifer. (b) Schematic of the 

brine dissolution strategy includes pumps for the brine extraction, brine 

injection, and compression of the captured CO2 stream. The two fluids are 

mixed until the CO2 dissolves, and then the saturated brine is re-injected. 

(Burton and Bryant, 2009) 

Further work on surface dissolution approach involves the search for an optimal 

design of the injection/extraction strategy. Jain and Bryant (2010) identified the 

constraint imposed by the pressure field in the storage formation during injection period 

as a main parameter controlling the design. If the goal is to store CO2 entirely in the 

aqueous phase, then the pressure contour corresponding to the bubble-point pressure of 

the brine marks the boundary of usable space within the storage formation. An analytical 

model was derived to optimize well count and placement, required formation volume and 

storage footprint (areal extent of CO2) for an ideal (homogeneous) aquifer (Figure 1.8). It 

provides a quick estimation of the implementation cost and allows minimization of the 

cost with respect to associated parameters in a storage structure with homogeneous 

properties. 
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(a) (b) 

 

(c) 

Figure 1.8: Optimize design of surface dissolution process on a homogeneous aquifer 

(Jain, 2010). (a) Schematic shows the layout of line drive pattern along with 

the pressure contours and injected fluid front shape when it reaches the 

bubble point pressure contour (in orange). (b) Pressure profile along the line 

joining injector/producer pair. Design parameters include well spacing (D, 

H), injection and extraction bottom-hole pressure (Pinj, Pbhp) and saturation 

pressure (Psat). (c) Total cost of the surface dissolution process is minimized 

to obtain the optimal design parameters.  
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1.3  OBJECTIVES AND OVERVIEW  

The objectives of the research focus on two aspects of the leakage problems: 

Leakage assessment 

 Assess the likelihood of leakage of stored CO2 to migrate out of the 

storage formation due to leaky wellbores and conductive faults.  

 Estimate the effective permeability and corresponding CO2 fluxes if 

leakage happens. 

Leakage reduction 

 Reduce the risk of leakage by managing design parameters in a surface 

dissolution project. 

 Reduce the risk of leakage for poorly-characterized storage aquifers.  

 

The dissertation is organized as follows: 

In Chapter 2, we estimate CO2 fluxes along leaky wellbores. The central premise 

of the approach is that the leakage pathway in wells that exhibit sustained casing pressure 

(SCP) is analogous to the rate-limiting part of the leakage pathway in any wellbore that 

CO2 might encounter. Thus field observations of SCP can be used to estimate transport 

properties of a CO2 leakage pathway. Uncertainty in the estimate can be reduced by 

accounting for constraints from well construction geometry and from physical 

considerations. We then describe a simple CO2 leakage model. The model accounts for 

variation in CO2 properties along the leakage path and allows the path to terminate in an 

unconfined (constant pressure) exit. The latter assumption provides a worst-case leakage 

flux. Using pathway permeabilities consistent with observations in SCP wells, we obtain 

a range of CO2 fluxes for the cases of buoyancy-driven (post-injection) and pressure-

driven (during injection) leakage. 
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In Chapter 3, we model potential CO2 leakage rate along a fault in Mahogany 

field, Trinidad. The Mahogany field is a well characterized oil and gas reservoir and for 

this study it is presumed representative of the geology of analogous structures that are 

candidates for sequestering CO2 in the region. We illustrate two methods to estimate 

plausible range of fault properties from field data. Fault permeability and capillary entry 

pressure are estimated from a shale gouge ratio correlation. We use a simple leakage 

model to estimate the worst-case CO2 flux along the fault. The CO2 flux along fault could 

be attenuated to zero by permeable layers that intersect the fault.   

In Chapter 4, we model above-zone measurements of pressure and temperature 

for monitoring CCS Sites. The Cranfield (Mississippi, USA) enhanced oil recovery and 

sequestration project provides downhole high-precision pressure and temperature 

measurements at an observation well at two depths: at the injection interval and at a 

selected above zone monitoring interval (AZMI). We present a simple set of coupled 

analytical models that enable diagnosis of above-zone monitoring data, to attempt to 

reconcile disparate observations from the pressure and temperature measurements. 

Concurrent pressure and temperature measurements independently constrain the effective 

permeability of a leakage path along wellbore. Application of the models to the Cranfield 

data shows that the observation well is unlikely to be leaking. 

In Chapter 5, we optimize the injection/extraction rates for surface dissolution 

process. Heterogeneity of the aquifer reduces the utilization efficiency significantly. We 

illustrate by comparing utilization efficiency in homogeneous permeability field with that 

in uncorrelated and correlated heterogeneous fields under same well control. We develop 

an optimal control strategy of the injection/extraction rates to maximize the utilization 

efficiency for heterogeneous aquifers. We propose two objective functions and both 

approaches significantly improve the aquifer utilization efficiency by delaying the arrival 
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of the dissolved CO2 front at the contour of saturation pressure. We propose an optimal 

well pattern orientation strategy by placing line-drive injectors in high permeability zone 

and extractors in low permeability zone, so that the saturation pressure contour is closer 

to the extractors and thus increases the aquifer utilization efficiency. 

In Chapter 6, we optimize CO2 storage in a deep saline aquifer with the 

capacitance-resistive model (CRM). The CRM is an alternative to conventional reservoir 

simulators to overcome the lack of characterization of storage aquifer and high 

computational cost. Fitting the model to data recorded during early stages of injection 

characterizes the connectivities between injection and extraction wells. The fitted model 

parameters can be used to optimize subsequent CO2 injection in the formation. We 

investigate the minimum length of injection history needed for a reasonable estimate of 

CRM model parameters. We develop a dynamic optimization approach using the model 

parameters estimated from the CRM. The approach is illustrated on the synthetic field 

and the results show significant improvements in CO2 storage efficiency. 

In Chapter 7, we conclude our work and make recommendations for future work 

beyond this dissertation.  
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Chapter 2: Estimating CO2 Fluxes along Leaky Wellbores 

Large-scale geological storage of CO2 is likely to bring CO2 plumes into contact 

with a large number of existing wellbores. The flux of CO2 along a leaking wellbore 

requires a model of fluid properties and of transport along the leakage pathway. Knowing 

the range of effective permeability of faulty cement is essential for estimating the risk of 

CO2 leakage. The central premise of this chapter is that the leakage pathway in wells that 

exhibit sustained casing pressure (SCP) is analogous to the rate-limiting part of the 

leakage pathway in any wellbore that CO2 might encounter. Thus field observations of 

SCP can be used to estimate transport properties of a CO2 leakage pathway. Uncertainty 

in the estimate can be reduced by accounting for constraints from well construction 

geometry and from physical considerations. We then describe a simple CO2 leakage 

model. The model accounts for variation in CO2 properties along the leakage path and 

allows the path to terminate in an unconfined (constant pressure) exit. The latter 

assumption provides a worst-case leakage flux.  

Using pathway permeabilities consistent with observations in SCP wells, we 

obtain a range of CO2 fluxes for the cases of buoyancy-driven (post-injection) and 

pressure-driven (during injection) leakage. In leakage pathways corresponding to the 

slow but nonnegligible buildup of casing pressure (several psi/day), the effective 

permeability of leakage path is in the range of microdarcies to hundreds of microdarcies, 

and the corresponding CO2 fluxes are comparable to naturally occurring background 

fluxes observed at ground surface. In pathways corresponding to intermediate and fast 

buildup rate of casing pressure (tens to hundreds psi/day), the effective permeability is in 

the range of tenths to tens of millidarcies, and the CO2 fluxes are comparable to surface 

flux measurements at Illinois Basin and at the natural seep at Crystal Geyser (Utah). In 
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pathways corresponding to very fast buildup rate (thousands psi/day), the effective 

permeability is from tens to hundreds of millidarcies and the CO2 fluxes are up to three 

orders of magnitude higher than that measured at Crystal Geyser. 

 

2.1  INTRODUCTION 

The success of any geologic CO2 sequestration operation depends on our ability to 

ensure that injected CO2 is properly credited and that assets overlying the storage 

reservoir remain uncontaminated. To achieve both goals we need to verify that CO2 does 

not leak out of the target formation at a rate large enough to adversely affect other 

compartments of economic or environmental value (Oldenburg et al., 2009). A physics-

based model for leakage will be a valuable tool for assessing risks associated with a 

prospective storage project and for analyzing field observations.  

A plume of stored CO2 can migrate within the storage formation, or from the 

storage formation through other permeable layers, and encounter existing wellbores 

(Figure 2.1). Wellbores that no longer provide proper zonal isolation establish a primary 

pathway for a buoyant CO2-rich phase to escape from the intended storage formation. 

They provide a relatively direct path to shallower subsurface formations and to the 

surface. The hazard of CO2 leakage along wellbores will depend on the rate of leakage. 

Predicting the rate of leakage in turn requires a model of fluid properties and of transport 

along the leakage pathway. Leakage rates through the cement matrix are likely to be 

smaller than naturally occurring background fluxes, because the permeability of intact 

cement is of order a few microdarcies. Leakage large enough to be a concern is most 

likely to occur along a defect (fracture, microannulus, gas channel) in the 

casing/cement/earth system (Watson and Bachu, 2008; Crow et al., 2010). This type of 
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discrete leakage pathway is a conduit or series of conduits having a specific geometry 

(aperture, diameter, cross-sectional area, etc).  

 

 

Figure 2.1: Stored CO2 moves during injection, and may continue to migrate after 

injection, through permeable layers. The movement can bring the CO2 into 

contact with existing wellbores. Leakage could happen if the wellbores do 

not provide proper zonal isolation. 

Models to quantify CO2 leakage rates through abandoned wells have been 

introduced in past work (Pruess, 2004; Nordbotten et al., 2005; Celia et al., 2006). 

However a key question that is not well addressed is a reasonable approach to estimate 

the conductivity of wellbore leakage pathway. This lack of knowledge on wellbore 

permeability can be addressed using the sustained casing pressure (SCP) model. The 

argument relies on the analogy between SCP and CO2 leakage, which we now describe.  

The petroleum industry has a long history dealing with gas leaking up a cemented 

annulus (Bourgoyne et al., 2000; Watson and Bachu, 2009), which accumulates at the 

well top and is measured as pressure on the casing annulus. This is referred to as 

"sustained casing pressure" (SCP) or "surface casing vent flow". The petroleum industry 
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typically focuses its efforts on prevention and remediation of the annulus pressure. 

However, some work has attempted to quantify leakage parameters, such as effective 

permeability and depth of gas leak (Wojtanowicz et al., 2001). Since SCP data can be 

obtained from industry, we can use this approach to get estimates of conductivity of a 

failed cement sheath. 

The leakage path for natural gas involves a conduit within the cement (gas 

channel or micro fractures) and/or a cement/steel interface (typically a micro annulus), 

Fig. 2.2. The leakage path terminates at a sealed wellhead, whence the evolution of 

sustained pressure in the casing annulus. In contrast, the leakage path of primary concern 

in CO2 sequestration is along the interface(s) between casing, cement and the earth. It 

continues outside the casing until it reaches the surface, migrates into other permeable 

strata, or accumulates beneath a sealing formation. The similarity between natural gas 

leakage and CO2 leakage is in the leakage pathway (Figure 2.2). The basis for the 

assumption is that the leakage pathways involving a cemented annulus are similar. A 

fracture or channel running vertically along the cement should have the same 

permeability whether in cement between steel casing and earth (the CO2 pathway) or 

between two steel casings (the sustained casing pressure pathway). Likewise, a gap or 

defect between cement and steel (the sustained casing pressure pathway) is presumed 

similar to a gap or defect between cement and earth (CO2 leakage pathway).  
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Figure 2.2: The occurrence of sustained casing pressure (SCP) in natural gas wells 

(magenta path) is analogous in several respects to the migration of stored 

CO2 along an existing wellbore (green path). The rate-limiting portion of 

both paths is likely to be a conduit within the steel/cement/earth section. 

Knowing the range of effective permeability of faulty cement is essential for 

estimating the risk of CO2 leakage. The SCP wells are being used as representatives of 

the class of leaky wells in general, in that the paths for leakage along existing wellbores 

that a CO2 plume might encounter have the same distribution of permeabilities as the 

leakage paths in SCP wells. This assumption relies on the fact that zonal isolation 

techniques are common to all wells, regardless of whether they penetrate a potential 

storage formation. Thus by studying the nature of leakage pathways in SCP wells, we can 

estimate the range of leakage rates likely to occur in a CO2 sequestration operation.  

The chapter is organized as follows. In the first half (SCP model), we begin by 

introducing the statistics of wellbores with SCP buildup and the reasons for SCP. The 
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mechanics of the SCP model are explained and summarized. An example leaky wellbore 

with SCP buildup is presented and the application of the SCP model generates an 

effective leakage path permeability. The sensitivities to the poorly-constrained model 

parameters are presented. The range and expected value of effective permeability for 

wellbores in different fields are calculated using a Monte-Carlo simulation approach. In 

the second half (CO2 leakage model), we start with a description of the model 

assumptions and approach. An example leaky wellbore in contact with a CO2 plume is 

analyzed, and the CO2 leakage rate is presented. This is followed by a discussion of 

sensitivity analysis of key parameters in the model. The range and expected value of CO2 

fluxes are calculated for twenty wellbores and compared to measured CO2 fluxes in 

nature. The chapter concludes with a discussion about the key findings and results of 

these two models. 

 

2.2  SUSTAINED CASING PRESSURE MODEL 

Wells are constructed to provide a pathway to interact with target subsurface 

formation, while maintaining zonal isolation along the well trajectory (Nelson and 

Guillot, 2006). Depending on the complexity required wells can contain several strings of 

casing that are cemented in place over some interval. A key requirement is that cement 

acts as a barrier to migration of fluid in the well’s annular space, often referred to as 

zonal isolation. Migration of fluids can cause contamination of overlying aquifers, 

underground blow outs, or loss of hydrocarbon resources. 

2.2.1  Reasons for SCP 

The development of flow pathways in cement can lead to a significant and 

persistent buildup of pressure on a well’s annulus. This phenomenon is referred to as 
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sustained casing pressure (SCP). Although CO2 leakage is usually discussed in the 

context of plumes encountering abandoned wells, wells that exhibit SCP need not be 

abandoned. The recorded SCP buildups are monitored from pressure gauges installed at 

the wellhead to measure pressure increase in the annulus space during producing periods. 

Most oil and gas regulatory agencies require such measurements.  

SCP is not an uncommon occurrence. A report on wells in the outer continental 

shelf (OCS) for the Minerals Management Service (MMS) (Bourgoyne et al., 2000) 

showed numerous instances of pressure buildup on the annulus. Of the 8,000 wells 

surveyed on OCS, 11,000 casing strings (each well had multiple casing strings) exhibited 

SCP. The most common type of leak occurs through tubing or casing failure and is 

typically easier to remediate than the annular leakage that is the focus of this chapter. The 

report also showed that the most significant cause of SCP on casing strings outside the 

production casing was caused by poor cement bond. Indeed SCP is not limited to 

offshore wells; a survey paper by Watson (2007) showed that there are also significant 

incidences in the oil and gas province of Alberta. She found that 4.5% of the 315,000 

wells on record failed to prevent surface casing vent flow (equivalent to SCP) or had gas 

migration through the soil.  

The specific type of leakage can be categorized by their onset time after well 

completion. Short term effects are often associated with poor cement placement and 

result in large pathways and large pressure buildups. These leaks are often remediated 

immediately during the drilling and completion phase. Medium to long term effects are 

created early or late in the life of a well. Pressure and temperature cycling can lead to 

micro fractures and micro annulus development with significant aperture size (Jutten and 

Hayman, 1993; Boukhelifa et al., 2005; Gray et al., 2007). Persistent pressure buildup is 

associated with flow through a discrete, conductive pathway as described above. 
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2.2.2  Model Summary 

We use a simple mathematical model to match pressure buildup data given basic 

well construction information (Wojtanowicz et al., 2001; Xu and Wojtanowicz, 2001; 

Xu, 2002; Huerta, 2009; Huerta et al., 2009) (Figure 2.3). The key result is an estimate of 

the pathway permeability. This value can be correlated to a dimension of a discrete 

pathway, e.g. the average aperture of a microannulus.  

 

 

Figure 2.3: Schematics of SCP model. Left: Gas leaks from the reservoir along the 

cement outside the production casing and enters the annulus between 

production and intermediate casings. This annulus may contain mud 

(brown) and head space filled with gas (yellow). Pressure builds in this part 

of the annulus as gas accumulates. Right: Primary unknowns in the model 

include leakage depth Dleak and effective permeability keff of the leakage 

path. The annulus pressure Pg(t) is a function of these unknowns and the 

well construction geometry. 
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The SCP model (Xu and Wojtanowicz, 2001) describes single phase flow of 

methane gas through a conduit/crack in a concrete conduit, traveling from the depth of 

leak, upwards to the wellhead. The gas accumulates in the gas chamber at the top of the 

liquid filled annular space, and increases in size when the valve is closed. The gas flow 

rate is related to the properties of the conduit/crack, the gas formation source, and other 

wellbore leakage scenarios. Driving force is the difference between the potential at 

leakage depth and that at top of cement. The gas flow rate in field unit is given by 

2 2
0.00316

( ) ( )
eff sc

g leak m

sc c

k T A
q t p p t

p TL Z
    ,  (2.1) 

where qg is gas flow rate, t is time, keff is effective permeability of leakage path, A is 

annulus cross-sectional area, Tsc and psc are temperature and pressure at standard 

condition, T is reservoir temperature, Lc is length of cement column,  is viscosity of gas, 

Z is gas deviation factor, pleak is pressure at the leak and pm is pressure at top of cement.  

The pressure at top of cement (pm) is the sum of pressure in the gas cap and 

weight of mud column, given by 

 ( ) ( ) 0.052 ( )m g m mp t p t L t  , (2.2) 

where pg is pressure at the gas cap, m is density of mud and Lm is length of mud column.  

Pressure at the leak is assumed constant due to the high formation permeability to 

gas compared with that of cement. Gas Z-factor and viscosity are assumed constant, 

which are estimated at average wellbore temperature. The buildup is computed by 

assuming steady state flow in a series of short time steps. Between steps, gas accumulates 

and pressure at the top of cement increases, reducing the driving force for leakage. Flow 

through the mud filled portion of the annulus is assumed instantaneous.  
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The mud is assumed a slightly compressible fluid. Its compressibility is estimated 

using an empirical correlation based on mud type (usually water-based mud) and mud 

density (provided in drilling reports) (Kutasov, 1988). The mud compressibility has a 

substantial effect on the behavior as it increases the volume of the gas cap as the pressure 

builds up. Casings bounding the annulus are incompressible. The maximum/asymptotic 

pressure that builds up in the casing represents the gas source pressure less the 

hydrostatic head of the mud column.  

The SCP model is solved in discretized form (see details in Appendix A). The 

solution is given by 
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where n is time step, cm is mud compressibility, Vg is volume of gas chamber, Vm is 

volume of mud column, Twh is temperature at wellhead, Twb is average wellbore 

temperature. 

Fitting the pressure calculated from Eq. (2.3) and that measured at the wellhead 

yields an estimate of the effective permeability of leakage path. We choose data to fit that 

have significant buildup trend before pressure bleeds down. Leak path permeability is 

adjusted until the model buildup curve is close to the observed pressure buildup. For 

other parameters that are poorly constrained, such as length of mud column and location 

of the leak, it is important to know what feature of the build-up curve they affect and how 

sensitive the curve is to their variability.  
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2.2.3  Example SCP Well 

The process of analyzing leaky wellbores with SCP buildups (increasing pressure 

vs. time) is applied for twenty wellbores in four different fields in order to generate a 

distribution of leakage path permeability values. Field A consists of seventeen wellbores 

that demonstrated SCP buildups in an offshore field (Checkai, 2012). The other three 

SCP wells come from three different fields: Field B is an offshore oilfield in the Gulf of 

Mexico (Xu and Wojtanowicz, 2001), Field C is from an onshore sour gas well in Alberta 

and Field D is from an onshore gas well in an over-pressured reservoir (Huerta et al., 

2009).   

For a given leaky wellbore, the raw data set includes annular pressure vs. time 

(Figure 2.4) and wellbore construction information (hole sizes, casing diameters, cement 

slurry volumes, and other relevant drilling data). The completed wellbore consists of 

several different casing strings of decreasing diameter sizes, ranging from the outermost 

surface casing string to the innermost production casing string. The pressure buildup data 

on the “innermost” production casing string are not used, as the leak may be from the 

production tubing string rather than along cement outside the production tubing. The 

intermediate casing strings that demonstrate pressure buildups over time are the most 

appropriate selections for leakage scenarios. The formation pressure that drives the leak 

during SCP measurements is rarely reported, so we resort to constraining that pressure 

with hydrostatic estimates. Drilling reports which state the mud density used to drill 

different casing strings provide an upper bound on the formation pressure. 
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Figure 2.4: A surface pressure gauge records pressure (psi) vs. time (actual date) on an 

intermediate (16’’) casing string for a leaky wellbore example. The 

maximum pressure level of 300psi is highlighted in the pressure buildup 

data interval (yellow box).  An estimated wellbore permeability value for 

this data interval is generated using a model.   

For this wellbore example, the intermediate 16’’ casing string demonstrates 

surface pressure buildups in the cement filled annular space bordered by two intermediate 

casing strings (16’’ and 10.75’’). The gas migrates through a crack defect in the cement 

from the leakage source depth to the surface and accumulates in a pressurized gas cap at 

the surface wellhead. The upper casing string (16’’) is set at a true vertical depth of 2017 

ft. The lower casing string (10.75’’) is set at a true vertical depth of 4258 ft. The assumed 

depth of leakage (where the gas enters the leakage pathway) is 4000 ft. The assumed 

length of cement column is 2500 ft, with no initial gas cap at wellhead when the pressure 

build up starts, so the corresponding length of mud column is 1500 ft. The inputs in the 

SCP model are summarized in Table 2.1.   
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Table 2.1: Input Parameters for the Example SCP Model 

Parameter Units Value 

Leakage depth ft 4000 

Temperature at leakage depth °F 140 

Wellhead temperature °F 80 

Outer diameter of inner casing string in 10.75 

Inner diameter of outer casing string in 16 

Length of cement column ft 2500 

Initial gas length ft 0 

Gas viscosity cp 0.02 

Mud compressibility psi
-1 

 4×10
-6

 

Mud density lb/gal  11 

Gas deviation factor - 0.86 

 

The application of the SCP model to field data is an inverse problem, with the 

unknown being the effective permeability of the leakage path. The objective function is 

formulated as the sum of residual squares between measured wellhead pressure and 

calculated pressure from SCP model, given by 
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i
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  , (2.4) 

where Nd is the number of data points on the pressure build up curve (see Fig. 2.4), Pcal,i 

is the ith pressure calculated from SCP model, Pdata,i is the ith data point.  

A constrained optimization is implemented to obtain the best fit, i.e. minimize Eq. 

(2.4). It automates the parameter estimation so that reproducible results are obtained for 

different users. For the example well with inputs in Table 2.1, the optimization algorithm 

finds that 12 D effective permeability gives the best fit (Figure 2.5). The permeability is 
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an order of magnitude larger than intact cement, yielding a slow but nonnegligible gas 

flow rate.  

 

Figure 2.5: Best fit of the build-up curve observed in a field (example well in Table 2.1 

and Figure 2.4). The effective permeability is estimated to be 12 D. 

The value of permeability is consistent with a defect or flow channel within or 

along the cement. The dimension of discrete pathways can be calculated using, for a 

cylindrical gas channel, the Hagen-Poiseuille equation (Bird et al., 2007), given by 
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 , (2.5) 

where A is the annular area, k is the effective permeability and R is the radius of gas 

channel.  

Similarly, if the defect is assumed to be a micro fracture or micro annulus the slit-

flow equation is applicable,  
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Here W is the distance between casings (micro fracture) or inner casing circumference 

(micro annulus) and B is the aperture (micro fracture) or separation between casing and 

cement (micro annulus).   

The 12 D effective permeability in this example well corresponds to 

characteristic sizes of 38 µm for a channel, 4.3 µm for a micro fracture and 1.8 µm for a 

micro annulus. These sizes are comparable to the range of geometries created in 

laboratory studies of cement defects (Jutten and Hayman, 1993; Boukhelifa et al., 2005; 

Huerta et al., 2008). 

 

2.2.4  Sensitivity to Poorly-Constrained Model Parameters 

The geometry of the well construction can be used to constrain certain SCP model 

parameters. Moreover the sensitivity of the SCP model to input parameters provides 

some insight into the behavior of the CO2 leakage model developed later in this chapter. 

In this section we summarize the geometric and physical constraints as well as model 

sensitivity. The three poorly-constrained model parameters are leakage depth, length of 

mud column and length of cement column. Because the SCP model has a fixed spatial 

reference point at the wellhead (Figure 2.3), it is not physically reasonable to vary one of 

these three parameters while holding the others constant. Thus we organize the discussion 

of sensitivity in terms of the parameter being held constant. 

 Leakage Depth  

The depth of the leakage source, Dleak in Figure 2.3, affects the predicted buildup 

curve significantly, and this influence can be used to constrain the unknown parameters 

in the model. The build-up pressure occurs in a specific annulus between two casing 

strings. The leakage depth must therefore be between the seat of the inner casing and seat 
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of the outer casing. This sets upper and lower bounds on the leakage depth, and 

consequently on the pressure at the leakage source Pleak.  

Sensitivity (Constant Length of Mud Column).  For a fixed mud column length, 

increasing the leakage depth requires a corresponding longer cement column. The 

effective permeability of the example well in Section 2.2.3 estimated from SCP model 

decreases as the leakage depth increases, keeping length of mud column constant as 1500 

ft (Figure 2.6a). This is because a longer leakage pathway (i.e. longer cement column) 

increases the average pressure in the pathway and therefore the gas density. Less flux of 

more dense gas is needed to increase the annulus pressure. Thus to compensate for the 

increase of gas density, the permeability estimated by the model is decreased. The effect 

on permeability is most pronounced at shallow depths (less than 3000 ft in the example 

considered here) because this implies a notably shorter cement column. The average 

density of gas is more sensitive to the change in a short cement column, thus causing the 

effective permeability to change in a larger amount.  
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(c) (d) 

Figure 2.6: The effective permeability estimated from SCP model (a) decreases with 

leakage depth when length of mud column is held constant; (b) increases 

with length of mud column when leakage depth is held constant; (c) 

increases with length of mud column when length of cement column is held 

constant and (d) increases slightly with increasing mud density. Other 

parameters in the model are given in Table 2.1.    

 Length of Mud Column 

The length of mud column Lm also significantly affects the build-up curve. Since 

this length is often unknown, it is useful to constrain it from physical considerations. The 

upper limit of Lm is the depth to the outer casing seat; see Figure 2.3. Moreover, when the 

pressure at the top of the leakage path balances the pressure at the leakage source, the 

flow of gas stops. Consequently all SCP wells should asymptotically approach a constant 

pressure or steady state pressure. Unfortunately in practice it may take a long period of 

time for the asymptote to become apparent. If we consider this asymptote in the SCP 

model, we will have a pressure constraint expressed as:  

asym m m leakP gL P  , (2.7) 
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where Pasym is the asymptotic pressure at wellhead (the plateau value during a buildup 

interval), m is mud density, Lm is the length of mud column, Pleak is the pressure at the 

leak (cf. Figure 2.3). In writing Eq. (2.4) we assume the pressure at the top of the leakage 

path is equal to the pressure at the leakage point, that is, we neglect the density of the gas 

phase.  

Eq. (2.4) predicts that the maximum pressure in the annulus depends on the 

density and column height of the mud above the cement (mgLm) and the pressure at the 

leakage depth. If Pasym has been measured, it provides a strong constraint on leakage 

depth, given an estimate of the mud column height. Our optimization algorithm allows 

weighted optimization on the asymptotic pressure data in the objective function to better 

represent the asymptotic pressure in SCP model. In this case, a faster pressure buildup 

and thus a higher effective permeability will be obtained in the SCP model (Figure 2.7). 

 
                               (a)                                        (b) 

Figure 2.7: Comparison of (a) non-weighted optimization and (b) weighted optimization. 

The weight is applied to the last four points of the build up curve, which are 

taken to be a steady or asymptotic value. This strongly affects the leakage 

depth and increases the effective permeability obtained from the SCP model.  
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Sensitivity (Constant Leakage Depth).  If a good estimate of the leakage depth is 

already available, Eq. (2.4) provides another bound on length of the mud column, in 

addition to the constraints from the well construction. If the leakage depth is poorly 

constrained, then Eq. (2.4) provides a range of limits on Lm, rather than a particular value. 

With the leakage depth held constant at 4000 ft, the effective permeability estimated by 

the SCP model increases with the increase of mud column length (Figure 2.6b). One 

reason is that compression of a longer mud column will create more volume in the gas 

cap at the top of the annulus as pressure increases. More gas is required to maintain 

pressure in the larger volume. Thus larger gas fluxes are needed, and a larger effective 

permeability is required. The other reason is that the cement column length decreases as 

mud column length increases, for a fixed leakage depth, and shorter cement columns lead 

to larger effective permeabilities (cf. Figure 2.6a and discussion above). The rapid 

increase in permeability for mud columns approaching 2500 ft is the consequence of high 

sensitivity of shorter cement column to average gas density.  

Sensitivity (Constant Cement Length).  If a good estimate of the cement length is 

available, Eq. (2.4) can be used to relate leakage depth and mud length. The effective 

permeability estimated by the SCP model increases with the increase of mud column 

length when length of cement column is held constant at 1500 ft (Figure 2.6c). The 

reason is the compression of a longer mud column, as discussed in previous paragraph. 

The density of gas increases in a deeper cement column and this effect would decrease 

the effective permeability, however the compression of longer mud column overwhelms 

the density effect and therefore results an increase in the effective permeability. 

 Mud Density 

The mud density in the annulus is determined when the well is drilled, but 

unambiguous data on the state of annulus fluids after cementing are not always available. 
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Thus it is useful to consider the uncertainty in the estimated permeability due to 

uncertainty in the mud density. A reasonable range of values is 8.7 lb/gal (formation 

brine) to 14 lb/gal (heavy drilling mud).  

Sensitivity to Mud Density.  The effective permeability estimated by the SCP 

model increases slightly with the increase of mud density (Figure 2.6d). This is because 

heavier mud increases the pressure at the top of the cement column and hence at the 

outlet of the leakage path. This means the driving force for gas leakage decreases 

(assuming Pleak does not change), so a larger permeability is needed to produce the gas 

flux needed for a buildup curve.  

Here we define the regions representing the influence of mud density on the 

estimated effective permeability. On the contour map (Figure 2.8), we plot the ratio of 

high permeability (calculated with 14 lb/gal mud density) over low permeability 

(calculated with 8.7 lb/gal mud density) in the variation of leakage depth and length of 

mud column. The other well construction parameters are taken from Table 2.1. The 

variation is bounded by the hydrostatic pressure relationship (Eq. (2.4)). It posts a 

constraint boundary on the sensitivity contour map. The white area represents choices of 

parameters for which the pressure constraint equation is violated, so they are inactive. 

The colored area corresponds to feasible cases. The boundary between white and colored 

area corresponds to the cases that the wellbore input data are chosen assuming the 

pressure build-up data reveal the asymptotic pressure value. The area in blue where the 

high perm/low perm ratio is close to unity is the insensitive area, in which the change in 

mud density will not affect the effective permeability dramatically. The area in red is the 

sensitive area where the variation of mud density could cause up to 4 times difference in 

the effective permeability. However in any cases the influence of mud density on 
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effective permeability is in the same magnitude and thus is considered small compared 

with the influence of leakage depth and length of mud.  

 

 

Figure 2.8: Ratio of large effective permeability (obtained from SCP model assuming 

large mud density) to small permeability (obtained from same SCP data 

assuming small mud density) defines the sensitive area (red, ratio greater 

than three) and insensitive area (blue, ratio nearly unity) for the impact of 

mud density on estimated effective permeability. 
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effective permeabilities can be obtained from typical SCP data (Tao et al., 2010c). It is 
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of effective permeability corresponds to inputs of greatest possible leakage depth (depth 

to inner casing seat), shortest possible length of mud column (small value greater than 

zero, e.g. 10 ft) and smallest possible mud density (taken as formation brine density). The 

upper limit of effective permeability, on the other hand, corresponds to smallest leakage 

depth (depth to outer casing seat), largest length of mud column (depth to outer casing 

seat) and largest mud density (heavy drilling mud).  

Table 2.2: Bounds on Poorly-Constrained Parameters in SCP Model 

Parameter Upper Bound Lower Bound 

Leakage depth Depth to inner casing seat Depth to outer casing seat 

Length of mud column Depth to outer casing seat Small amount greater than zero 

Mud density Density of heavy drilling mud  Density of formation brine 

 

We estimate the range and expected value of wellbore permeability using a 

Monte-Carlo simulation approach (Figure 2.9). In each simulation run, the leakage depth, 

length of cement column and mud density are drawn from the assumed prior distributions 

bounded by their respective constraints (Table 2.2) and used as inputs in the SCP model. 

We obtain the effective permeability of wellbore for each set of inputs using the best-fit 

algorithm described in previous section. The simulation is repeated for many times to 

produce a probability distribution of effective permeability associated with each pressure 

buildup. 
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Figure 2.9: Flow chart of estimation of expected values of effective permeability and CO2 

flux. 

In the example well discussed above (Table 2.1 and Figure 2.4), the leakage depth 

is bounded between 2800 and 4250 feet, the length of mud column ranges from 10 to 

2800 feet and the mud density varies from 8.7 to 14 lb/gal. The frequency distributions of 

the poorly constrained model parameters were assumed uniform. The Monte-Carlo 

simulation yields a histogram of effective permeabilities which shows an approximately 

log-normal distribution with a tail skewed toward small values (Figure 2.10a). The range 

of effective permeability in the wellbore is simply the minimum and maximum 

permeability estimated from the Monte-Carlo simulation; this is represented as a thin bar 
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for each well in Figure 2.11. The most probable value of effective permeability (Figure 

2.11, symbols) is the mode in the histogram (Figure 2.10a) or the mean value of several 

bins near the mode. The 95% confidence interval (two standard deviations away from the 

mode), is represented as a thick bar in Figure 2.11. For some wells the uncertainty 

represented by the difference between minimum and maximum values can be three orders 

of magnitude. The 95% confidence interval typically spans one to two orders of 

magnitude. Despite the wide ranges, the range of values is useful: we will show below 

that for most wells, the CO2 fluxes through those leakage paths are quite small. This has 

implications for monitoring and for risk assessment.   

 

Figure 2.10: The wellbore effective permeability shows a log-normal distribution from 

Monte Carlo simulation (workflow of Figure 2.9 applied to example well in 

Table 2.1 and Figure 2.4). 
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Figure 2.11: The range (thin bars), expected value (square symbols) and confidence 

interval (thick bars) of effective permeability for wellbores exhibiting SCP. 

For convenience of organizing the results the permeability is plotted against 

a rough average of the rate of pressure build up. 

In Figure 2.11 the pressure buildup rate (a rough average of the slope of pressure 

vs. time before a buildup reaches an asymptotic value) is used as a convenient parameter 

to characterize the datasets. In leakage pathways corresponding to the slow buildup of 

casing pressure (several psi/day or less, most wells in Field A), the effective permeability 

of leakage path is in the range of microdarcies to hundreds of microdarcies. In pathways 

corresponding to intermediate and fast buildup rate of casing pressure (tens to hundreds 

psi/day, Field B, Field C and a few wells in Field A), the effective permeability is in the 

range of tenths to tens of millidarcies. In pathways corresponding to very fast buildup 
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rate (thousands psi/day, Field D), the effective permeability is from tens to hundreds of 

millidarcies. 

 

2.3  CO2 LEAKAGE MODEL (EXISTING WELLS ENCOUNTERED BY CO2 PLUME) 

We consider a situation in which the CO2 plume comes into contact with a 

leakage path (a defect in an existing cemented wellbore; see Figure 2.1) at time tarr during 

the injection period (Figure 2.12). The pressure at the base of the leakage pathway 

increases during CO2 injection and declines after injection stops. In this work we use the 

results of the previous section by taking the leakage path (with associated uncertainty) for 

each SCP well and imagining a well of identical characteristics constructed within the 

CO2 storage formation. In future, should sufficiently many SCP datasets have become 

available, a statistical approach based on the frequency distribution of effective 

permeabilities could be used. 

 

 

Figure 2.12: Reservoir pressure increases when CO2 injection begins (t = tstart) and 

decreases after injection stops (t = tend). The CO2 plume arrives at a leaky 

existing well at time tarr; here the arrival occurs during injection, but the 

model also allows for this to occur in the post-injection phase. 
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2.3.1  Model Description 

We describe a model for flow of CO2 along a discrete pathway (Figure 2.13) (Tao 

et al., 2010a,b). The CO2 leakage pathway is in two parts. The deeper part is along a 

defect in the cement or the steel/cement/earth interface along wellbore, analogous to the 

leakage path in wells exhibiting SCP. The upper end of the defect terminates at the 

second part of the pathway, which is simply a water-saturated porous medium.  

 

Figure 2.13: CO2 leakage pathway along an existing wellbore: the lower portion is along 

a defect in the cement, analogous to the gas leakage pathway in Figure 2.3, 

followed by an upper portion through a water saturated porous medium. 

We model the CO2 leakage rate only in the wellbore (cement) part of the leakage 

pathway. The only role of the water-saturated porous medium is to impose a pressure 

boundary on the top of wellbore part of the leakage pathway; it is assumed to provide no 

other restriction on CO2 flux. Our model is deliberately not explicit regarding the path 
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followed by the CO2 to the surface from the top of the cement leakage pathway, as this 

problem has been examined elsewhere (Oldenburg and Unger, 2003; Pruess, 2004; 

Oldenburg and Lewicki, 2006). This assumption is intended to give worst-case (largest) 

estimates of flux, the idea being that risk assessment should be conservative.  

We further assume that only CO2 is flowing, and CO2 establishes a steady 

saturation in the pathway, so that we ignore relative permeability effects. The pathway is 

treated as an equivalent Darcy continuum, consistent with the assumptions in the SCP 

model used to estimate the permeability. The mass flow of CO2 is given by 

2 2

2

eff

CO CO g

CO

k A
m 


   , (2.8) 

where 
2COm  is mass flow rate of CO2, 

2CO is density of CO2, keff is effective permeability 

of leakage pathway, A is cross-sectional area, 
2CO is viscosity of CO2 and g is potential 

of CO2. 

Reaction between CO2 and cement is not considered, because previous work 

(Huerta et al., 2008; Bachu and Bennion, 2009) indicates that the reactions are likely to 

reduce the CO2 flux. Our goal is to determine worst-case fluxes, so neglecting reactions 

and relative permeability is reasonable. 

The driving force for leakage is considered in two situations: post injection, when 

gravity forces dominate (tlate in Figure 2.12), and during injection, when viscous and 

gravity forces are significant (tarr in Figure 2.12). In the post injection period CO2 flow is 

driven primarily by buoyancy, i.e. density difference between CO2 and water. The 

potential gradient for CO2 migration in the cement is given by 

( )g gz   , (2.9) 
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where g is the potential of CO2,  is the density difference between water and CO2, z is 

the depth, g is gravitational constant. For wellbores inclined at an angle  the model 

reduces the potential gradient by a factor of cos and therefore reduces the CO2 flux 

along the wellbore.   

During the injection period corresponding to the time period between tarr and tend 

in Figure 2.12, CO2 flow is driven by both buoyancy and pressure elevation at the 

leakage source (where the CO2 plume encounters the leaky wellbore) caused by CO2 

injection. The potential gradient in this situation is given by 

( )g ahgz p    , (2.10) 

where pah is the difference between CO2 pressure and hydrostatic pressure. A typical pah 

ranges from zero to a few hundred psi. At the bottom of the leakage pathway, pah 

corresponds to Δpelev in Figure 2.12, that is, pah accounts for the increase in CO2 phase 

pressure due to injection. The physical situation in most cases of a plume hitting a 

wellbore during injection is that the pressure of both phases, CO2 and brine, are elevated 

above hydrostatic. The fluid pressure in the formation at the top of the leakage path is 

assumed to be hydrostatic, that is, unaffected by the injection process. Thus one 

contribution to the steady state leakage from Dleak to top of cement is from a CO2 phase 

pressure gradient that is Δpelev divided by length of leakage path, which is linear with 

depth. The relative magnitude of pressure gradient caused by buoyancy and by pressure 

elevation (corresponding to the first and second terms in the right hand side of Eq. (2.10)) 

will determine which effect dominates in driving the CO2 flow. The derivation of Eq. 

(2.9) and (2.10) is given in Appendix B. When overpressure has dissipated after injection 

ends, pah decreases to zero, and only buoyancy remains in Eq. (2.10). 
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The properties of CO2 vary along the pathway because both pressure and 

temperature vary. The variation in pressure and temperature can cause phase changes that 

affect the CO2 flux (Pruess, 2004). Here for simplicity we assume no phase changes 

occur. This is valid for the pressures and temperatures in many storage formations and is 

sufficient for the purpose of estimating the magnitude of worst-case CO2 fluxes along the 

wellbores. Here the Peng-Robinson equation of state (Sandler, 2006) is used, given by 

( )

( ) ( )

RT a T
P

V b V V b b V b
 

   
, (2.11) 

with  

2 2

( ) 0.45724 ( )c

c

R T
a T T

P
 , (2.12) 

0.07780 c

c

RT
b

P
 , (2.13) 

1 1
c

T

T
 

 
    

 
, (2.14) 

20.37464 1.54226 0.26992     , (2.15) 

where Tc and Pc are critical temperature and pressure, and ω is the acentric factor. For 

CO2, they are given by (Sandler, 2006) 

304.2 K,  7.376 MPa,  =0.225c cT P   , (2.16) 

Solving Eq. (2.11) to (2.16) enables us to compute the CO2 density. The 

viscosities for an array of pressures and temperatures were calculated with PVTSim 

(2007). Because the CO2 leakage rates are small (calculated later, see Figure 2.18) for the 

permeabilities corresponding to the SCP wells, heat transfer between rising CO2 and the 
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surroundings is likely to be relatively rapid. Thus a reasonable estimate of the 

temperature of CO2 along the pathway simply follows the geothermal gradient. Flow 

oscillations (Pruess, 2005 and 2008) do not arise under this assumption.  

We solve in discretized form the flow equation (Eq. (2.8)), driving force equation 

(Eq. (2.9) or (2.10)) and steady state mass balance equation given by 

, ,i in i outm m , (2.17) 

where i denotes spatial grid block. Eq. (2.17) indicates that there is no accumulation and 

CO2 has established steady saturation along the pathway.  

It yields the pressure profile of CO2 along the pathway. The solution is iterative 

with the density and viscosity of CO2 estimated from the pressure profile using the 

methods described above. The CO2 property profiles are then used to update the CO2 flux 

profile.    

 

2.3.2  Example Well 

Suppose that a CO2 plume encounters a well that has identical properties to the 

example well (Table 2.1 and Figure 2.4), that is, a leakage pathway starting at 4000 ft 

depth, as sketched in Figure 2.14a (base case). As shown in Section 2.2.3, the effective 

permeability of the pathway is 12 D when the cement portion of the leakage path is 

between 1500 and 4000 ft (Figure 2.14a). The pressure at the top of cement, where CO2 

leaves the wellbore leakage pathway and proceeds toward the surface is set to one of two 

limiting values: hydrostatic pressure or atmospheric pressure. The former case 

corresponds to the leak being too small to perturb the background pressure field. The 

latter corresponds to the leak drying out the earth formations between the surface and the 

top of the leakage path. This is clearly an extreme case. We consider CO2 rising by 
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buoyancy only in the base case, i.e. that the CO2 pressure at the leakage source point is 

hydrostatic. The temperature profile plotted in Figure 2.15b is imposed, corresponding to 

a geothermal gradient of 1.6 °F/100 ft and a surface temperature of 59 °F. The input 

parameters are summarized in Table 2.3. 

 

 

    (a)       (b)          (c)            (d) 

Figure 2.14: CO2 leakage scenarios: (a) base case, (b) permeability of leakage path varies, 

(c) length of cement portion in leakage pathway varies and (d) pressure 

elevation during injection varies. 
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Table 2.3: Input Parameters for Example Well in the CO2 Leakage Model 

Parameter Units Value 

Effective permeability D 12 

Temperature at the surface °F 59 

Geothermal gradient °F/ ft 0.016 

Pressure at the surface psi 14.7 

Hydrostatic pressure gradient psi/ ft 0.465 

Length of cement portion ft 2500 

Leakage depth ft 4000
 

Outer diameter of inner casing string in 16 

Inner diameter of outer casing string in 10.75 

 

The profiles of pressure, density, viscosity, velocity and mass flux in Figure 2.15 

are computed from the model. For the boundary conditions in our examples, the path 

does not cross a phase boundary, though a transition between gas phase and supercritical 

fluid is observed. Thus the variation in CO2 properties with depth is rather smooth. The 

viscosity shows a more abrupt change in the transition zone (Chang et al., 2008). In the 

limiting case of hydrostatic pressure at the top of the wellbore leakage path, the steady 

CO2 leakage flux is calculated to be 0.7 mg/m
2
/s, equivalent to 23 kg/m

2
/y. In the other 

limiting case of atmospheric pressure at the top of the wellbore leakage path, the CO2 

leakage flux is 1 mg/m
2
/s. The fluxes for the two choices of pressure boundary condition 

are in the same magnitude. The much smaller density in the upper portion of the leakage 

path in the atmospheric case does lead to much larger velocity at the top of the path and 

thus a larger pressure gradient toward the top. But in the bottom half of the domain the 

gradient is similar to that in the hydrostatic case. Thus the CO2 mass flux is only 50% 

larger.  
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(e) (f) 

Figure 2.15: CO2 property profiles in two limiting cases of the pressure at the top of 

wellbore portion of leakage pathway (hydrostatic pressure and atmospheric 

pressure) : (a) pressure, (b) temperature, (c) density, (d) viscosity, (e) 

velocity and (f) mass flux. The temperature gradient (b) is imposed, the 

others are computed from the model. 

These fluxes are for flow through the annular cross-section of the wellbore. 

Observation of natural seeps suggest that the cross section of the rising CO2 increases 

substantially as the path nears the surface, and the steady state mass flux must 

correspondingly decrease. Thus the near-surface fluxes of CO2 would likely be much 

smaller than our calculated fluxes along the wellbore. Thus the worst-case CO2 flux at the 

surface in the vicinity of this example well would be considerably less than 1 mg/m
2
/s.  

For comparison Allis et al. (2005) reported that CO2 background flux at the 

earth's surface is up to 0.2 mg/m
2
/s. An example of a large surface flux would be Crystal 

Geyser (Utah), where seepage from a thermogenic accumulation of CO2 reaches 8 

mg/m
2
/s at localized high flux surface. Locke et al. (2010) reported the CO2 flux 

measured at the surface in Illinois Basin averages 1 mg/m
2
/s. The worst-case CO2 flux in 

this example well would be above the background range, but below high fluxes in nature. 
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The intention here is to set the calculated CO2 fluxes in context (what is “large”, what is 

background, etc.), rather than to declare any particular value as too small to be relevant. 

Also it is critical to compare the fluxes to background values, since this dictates whether 

monitoring can identify leaks from storage formations. 

The leakage rate expressed as mass per unit time rather than flux is independent 

of the spread in the rising plume. For the cross-sectional area in the above well (the 

annulus area, i.e. between the outer diameter of the inner casing and the inner diameter of 

the outer casing), the leakage rate (corresponding to 0.7 mg/m
2
/s flux) is 0.05 mg/s, 

equivalent to 1.6 kg/y.  

 

2.3.3  Sensitivity to Key Parameters 

It is instructive to consider variations on this situation (Figure 2.14b-d). For this 

purpose it suffices to take the pressure at the top of cement as hydrostatic. The results of 

base case and its example variations are summarized in Table 2.4. In contrast to SCP, it is 

physically reasonable to vary parameters independently. In essence, the length of the 

leakage pathway need not vary directly with its depth. 

  



 57 

Table 2.4: Comparison of Leakage Fluxes in Different Scenarios 

 Scenario Figure Leakage Flux 

(mg/m
2
/s) 

Calculated 

CO2 Flux  

(in Wellbore) 

Buoyancy Driven   

Base Case Fig. 2.14a 0.7 

keff = 1 millidarcy  Fig. 2.14b 60 

Shorter Cement Pathway Fig. 2.14c 0.6 

Elevated Pressure (500 psi) at Base of 

Pathway 
Fig. 2.14d 1.1 

Measured 

CO2 Flux  

(at Surface) 

Background Flux (Allis, 2005)  -- up to 0.2 

Crystal Geyser (Allis, 2005) -- 8 

Illinois Basin (Locke, 2010) -- 1 

 

 Effective Permeability 

First we consider the variation of effective permeability from 1 D to 1 mD and 

keep the other parameters the same as base case (Figure 2.14b). The CO2 leakage flux 

increases linearly with the effective permeability, despite the nonlinearity of the density 

and viscosity profile. In the steady state flow, the variation of effective permeability will 

not change the CO2 property profiles as shown in Figure 2.15. However it proportionally 

changes the CO2 flux. Uncertainty in the effective permeability thus has a first-order 

effect on uncertainty of estimated CO2 leakage flux. At the largest likely value for 

effective permeability for this well (1 mD), the CO2 leakage flux is 60 mg/m
2
/s, and the 

leakage rate is 133 kg/y.  
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 Length of Cement Portion in the Leakage Pathway  

Suppose the effective permeability (12 D) and leakage depth (4000 ft) are kept 

constant as in the base case. We consider the variation of the length of cement portion in 

the pathway from 100 ft to 4000 ft (Figure 2.14c), and correspondingly the length of the 

water saturated porous medium varies from 3900 ft to 0 ft. The latter value corresponds 

to the case that the annulus cross-sectional area of the leakage pathway extends to the 

surface. The CO2 leakage flux varies only slightly with cement length, increasing as 

cement length increases until it reaches its maximum value, and then decreases (Figure 

2.16). This nonlinear behavior is due to the nonlinear variation of the potential gradient 

with respect to the length of cement pathway, which in turn is due to the variation of CO2 

density with depth (Eq. (2.5) and Figure 2.15c). The highest CO2 flux (0.73 mg/m
2
/s) is 

30% higher than the lowest flux (0.55 mg/m
2
/s). This influence caused by the variation of 

length of cement portion in leakage pathway is small compared with that caused by the 

uncertainty in the effective permeability of the cement. 
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Figure 2.16: CO2 flux is only weakly dependent on the length of the cement portion in the 

leakage pathway, other parameters (effective permeability and leakage 

depth) being held constant at base case values. 

 Pressure Elevation 

Suppose now that the CO2 plume encounters the leakage point in the wellbore 

during injection, so that the CO2 pressure at the leakage source is the sum of the pressure 

elevation due to injection and the hydrostatic pressure (Figure 2.14d). All the other 

parameters are kept the same as in the base case. The driving force is correspondingly 

given by Eq. (2.6). The CO2 leakage flux increases with the increase of pressure elevation 

(Figure 2.17). It shows a slightly nonlinear trend due to the nonlinearity of CO2 density 

and viscosity. During an injection period with a small pressure elevation (pah = 100 psi), 

the gradient in pressure above hydrostatic is 0.04 psi/ft. It is instructive to compare with 

the gradient in buoyancy. The average CO2 density along the pathway is 345 kg/m
3
 

(Figure 2.15c), which is a third of the brine density. This corresponds to a third of the 

hydrostatic pressure gradient of 0.465 psi/ft. The gradient in buoyancy is thus estimated 

to be 0.3 psi/ft. With the 100 psi pressure elevation, the flow is still dominated by 

buoyancy. The corresponding CO2 leakage flux is 0.8 mg/m
2
/s, only about 10% higher 
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than in the base case because the driving force is only 10% larger than the base case. A 

large pressure elevation (pah = 1000 psi) yields a CO2 leakage flux is 1.5 mg/m
2
/s, double 

the base case, because the gradient in pressure above hydrostatic is 0.4 psi/ft. Thus the 

pressure elevation has the same order impact on the flux as buoyancy. For comparison, 

we consider the variation of pressure elevation in a shorter length of cement pathway 

(1500 ft) while keeping the effective permeability the same as base case. The 

corresponding CO2 leakage flux increases faster with pressure elevation in a shorter 

cement pathway (Figure 2.17). This is due to the faster increase of the potential gradient 

in a shorter cement path as can be observed in Eq. (2.6). 

 

  

(a) (b) 

 

Figure 2.17: (a) base case; (b) shorter cement pathway. CO2 flux increases with pressure 

elevation at the entry point to the leak (and corresponding gradient in 

pressure above hydrostatic); the increase is faster in a shorter cement 

pathway. 
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2.3.4  Expected Value of CO2 Flux 

Corresponding to the uncertainty in the effective permeability as discussed in 

Section 2.2.5, we provide a range and expected value for the CO2 flux for the leaky 

wellbores. Similarly to the SCP model, the calculation of CO2 fluxes is incorporated in 

the Monte Carlo simulation (Figure 2.9). In each simulation run, we assume CO2 leakage 

enters the wellbore pathway at the same depth as the natural gas in the actual well, and it 

has the same length of cement portion in the leakage pathway. The corresponding 

effective permeability is estimated from the SCP model. In this calculation the CO2 

leakage is driven by buoyancy only and the pressure at the top of cement leakage path is 

assumed to be hydrostatic. The calculation is optimistic because it considers the 

minimum driving force for leakage.  

Similarly as we observed on the distribution of effective permeability (Figure 

2.10), the CO2 flux also shows a log-normal distribution but with a greater skew toward 

small values (Figure 2.18).  

 

Figure 2.18: The CO2 flux computed with buoyancy-only boundary condition also shows 

a log-normal distributions from Monte Carlo simulation (workflow of 

Figure 2.9 applied to example well in Figure 2.10). 
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Applying the Monte-Carlo simulation approach on the twenty wells discussed in 

section 2.2.5, we calculate the range and expected value of the CO2 fluxes for each well 

(Figure 2.19). The range of CO2 fluxes (Figure 2.19, thin bars) is determined by the 

minimum and maximum possible CO2 flux from the Monte-Carlo simulation. The most 

probable value of CO2 flux is the mode or average value around the mode in Figure 2.18 

(Figure 2.19, symbols). A 95% confidence interval is taken near the mode to represent 

the expected value of CO2 flux (Figure 2.19, thick bars).  

 

 

Figure 2.19: Range (thin bars), expected value (symbols) and 95% confidence interval 

(thick bars) of CO2 flux if the twenty wells shown in Figure 2.11 were in 

contact with stored CO2 and leakage is driven by buoyancy only. Dashed 

lines indicate natural background flux, an example of large naturally 

occurring flux at Crystal Geyser (UT) and the measured flux at Illinois 

Basin. 
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If pressure elevation drives the flux, the additional flux is estimated by comparing 

the driving force of pressure elevation to buoyancy. To do this a simple histogram of the 

cement lengths in these wells (Figure 2.20) shows a range from 2000 to 6600 feet. For a 

large elevated pressure of 500 psi, the gradients of pressure above hydrostatic are in the 

range of 0.08 to 0.25 psi/ft. This additional driving force is approximately 25% to 100% 

of the driving force due to buoyancy, which yields an additional flux corresponding to 

25% to 100% of the buoyancy-only flux. Hence the worst-case CO2 flux in terms of 

driving force (by pressure elevation) is within a factor of two times that driven by 

buoyancy only. For the wells in Figure 2.19, simply doubling the fluxes yield the worst-

case fluxes regarding the driving force.  

 

Figure 2.20: Histogram of cement lengths in the example wellbores.  
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along the wellbores No. 1 to 3 are at the background flux range, while those along the 

other wellbores are above background range. The expected wellbore CO2 fluxes along 

well No. 4 to 8 are comparable to the surface flux in Illinois Basin, and the fluxes along 

well No. 9 to 13 and No. 18 are close to the measured CO2 flux at the surface near 

Crystal Geyser. The wells that need close attention and possible remediation work are 

Well No. 14 to 17 and No. 19 to 20. The extreme case Well No. 20 yields a wellbore CO2 

flux three orders of magnitude higher than the Crystal Geyser surface flux.   

The CO2 leakage rates for the twenty wells (Figure 2.21) are calculated from the 

expected buoyancy-driven CO2 flux (Figure 2.19, symbols) and the cross-sectional area 

of each well. Slow leakage from the wellbores (e.g. well No. 2) yields a CO2 leakage rate 

of 0.1 kg/y. Moderate leakage (e.g. well No. 11) has a leakage rate in the magnitude of 10 

kg/y. Fast leakage (e.g. well No. 19) yields a leakage rate of hundreds kg/y. The largest 

leakage rate along well No. 20 is about 1000 kg/y. Note that the large leakage rates are 

detectable and could lead to remediation, and therefore its impact is still small in the 

context of a large storage project. 
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Figure 2.21: Expected mass rate of buoyancy-driven CO2 leakage along wellbores. 

 

2.4  CONCLUSIONS 

We develop a CO2 leakage model which allows estimating flux of CO2 along a 

wellbore. The model is related to the phenomenon of sustained casing pressure in gas 

wells. The SCP model allows estimating the effective permeability of this pathway from 

field observations of pressure buildup. The presumed analogy between SCP and CO2 

leakage is that the flux is limited by the part of the leakage pathway along the cemented 

section of a wellbore. Assuming that the SCP wells are representative of the broader class 

of leaky wells, the effective permeabilities of leaky wells likely to be encountered by CO2 

plumes can thus be estimated. This argument relies on the fact that zonal isolation 

techniques are common to all wells, regardless of whether they penetrate a potential 

storage formation. 
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Based on the physical or feasible bounds on the poorly constrained input 

parameters to the SCP model, we calculate the range and expected value of effective 

permeability of leaky wellbores using a Monte-Carlo simulation. We apply on twenty 

wellbores in four different fields. For relatively slow pressure build up (several psi/day), 

the permeability of the leakage path is in the range of microdarcy to hundreds of 

microdarcy. For intermediate and fast buildup rate of casing pressure (tens to hundreds 

psi/day), the effective permeability is in the range of tenths to tens of millidarcies. Fast 

pressure build up (thousands psi/day) indicates a range of millidarcy to hundreds of 

millidarcy permeability.  

We calculate the CO2 leakage rates for buoyancy driven flow and during the 

injection period, when pressure elevation augments buoyancy. For effective 

permeabilities that correspond to slow build up in casing pressure for a gas well, we find 

that CO2 fluxes along the wellbore are comparable to background surface fluxes reported 

for CO2. In this range the leakage rate increases linearly with the effective permeability 

of the leakage path. Thus uncertainty in effective permeability directly affects uncertainty 

in leakage rates. A large effective permeability (1 mD) yields a flux of CO2 at depth 

(along the wellbore) comparable to large fluxes (along faults) observed at surface from 

natural CO2 sources (Crystal Geyser, UT). Other poorly constrained parameters are much 

less influential. Pressure elevation during injection increases the CO2 leakage rate by a 

factor of two. A very wide range in pressure boundary condition at the top of the leakage 

path yields only 50% variation in CO2 leakage rate. A very wide range in the length of 

cement portion in the leakage pathway changes the CO2 leakage rate less than 50%.  

Hence the most important parameter for assessing risk associated with leakage along 

wellbores is the likely range of effective permeabilities of the leakage paths. 
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The effective permeabilities estimated in this work permit estimating CO2 leakage 

fluxes. We calculate the range and expected value of CO2 fluxes for the twenty wellbores 

that exhibit sustained casing pressure. The underlying assumption is that these wellbores 

are representative of wells that penetrate brine-filled structures that subsequently are used 

for CO2 storage. Thus we replace the gas source in the SCP calculation with a CO2 source 

but keep all other details of the well the same. The calculation yields fluxes at depth 

(along the leaky wellbore) ranging from 0.01 mg/m
2
/s to several thousand mg/m

2
/s. The 

fluxes at depth are worst-case (maximum) values because of plume spreading above the 

leaky wellbore. For half the wells in this study, the worst-case values are comparable to 

natural fluxes measured at surface locations including Illinois Basin and Crystal Geyser. 

The CO2 leakage rates range from 0.1 kg/y to several hundred kg/y.  
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Chapter 3: Modeling Potential CO2 Leakage Rate along a Fault in 

Mahogany Field 

In geological CO2 storage projects, faults and the damage zones surrounding them 

may provide a leaky conduit for CO2 to escape the storage formation and enter shallower 

sensitive zones such as aquifers used for drinking water or even seep back to the surface. 

Although a fault may be impermeable due to shale gouge or clay smear, the damaged 

zone can contribute significantly to fault permeability. Upward migration of CO2 whether 

within the damage zone or along the fault itself can be attenuated by permeable layers 

that intersect the fault, under the condition that the pressure of the CO2 phase exceeds the 

capillary entry pressure of that layer. Estimates of fault permeability and capillary entry 

pressure are therefore important in quantifying CO2 flux along fault.  

The Mahogany Field is an oil and gas reservoir in a heavily faulted sand/shale 

sequence offshore Trinidad. It is well characterized and for this study it is presumed 

representative of the geology of analogous structures that do not contain hydrocarbon. 

Such structures would be candidates for sequestering CO2 in the region. A plausible 

range of fault properties is estimated from the field data using a shale gouge ratio 

correlation.  

We use a simple leakage model to estimate the worst-case CO2 flux along the 

fault. The results show that for the inferred fault permeability and a plausible range of 

pressure elevation at the base of the fault, the predicted CO2 fluxes at top of the fault are 

in tenths mg/m
2
/s. That is above the background range, but below high fluxes in nature. 

The CO2 flux along fault could be attenuated to zero by permeable layers that intersect 

the fault. However the attenuation is temporary if layers are sealed at other end. 

Counterintuitively, greater elevation in pressure at the base of the fault can result in less 

CO2 leakage at the top of the fault. This is because the capillary entry pressure is 
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exceeded for more permeable layers, enabling more CO2 to enter these layers and 

therefore increasing the attenuation of CO2 flux along the fault, at least for the short term. 

 

3.1  INTRODUCTION 

In the standard approach to storage, CO2 is captured from fixed sources such as 

coal-fired power plants, compressed and injected at supercritical conditions into a 

suitable target formation. Trapping the injected CO2 involves one or more mechanisms 

(Bachu et al., 1994; Lindeberg, 1997). An intact confining layer is necessary for several 

trapping mechanisms. However, sedimentary basins often contain geological 

discontinuities which are potential pathways for leakage through the confining layer. 

Faults are one such discontinuity and are prevalent in many regions where CO2 storage is 

likely to be implemented.  

Risk assessment framework for geologic CO2 storage requires examination of the 

consequences if injected CO2 encounters a fault. In order to quantify the CO2 leakage rate 

along a fault it is important to estimate the conductivity of the fault. Knowledge of the 

petrophysical properties of fault rocks improves flow predictions within structurally 

complex petroleum reservoirs (Jolley et al., 2007; Zijlstra et al., 2007). Fault-seal 

analysis has been widely used to estimate the permeability of fault rocks based on the 

analysis of small-displacement faults collected from core samples or well log data (Hull, 

1988; Knai and Knipe, 1998; Ottesen Ellevset et al., 1998; Manzocchi et al., 1999; Fisher 

and Jolley, 2007). Another independent assessment of the fault zone permeability is to 

examine the pressure response in adjacent fault block compartments. A pressure 

communication indicates the fault is conductive. Modeling the pressure response yields 

an estimate of the fault zone permeability. 
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Once fault zone permeability is obtained, CO2 leakage rate along the fault can be 

estimated. Figure 3.1 illustrates the situation of interest. A conductive fault can be a 

major pathway for the CO2 plume due to its large transfer capacity. CO2 leaking from the 

main target formation can migrate into permeable formations (points A and B in Figure 

3.1) encountered by the conductive fault. This migration attenuates the upward flux and 

spreads the influence of the CO2 across a wider area. The attenuation rate is sensitive to 

the subsurface properties (Oldenburg and Unger, 2003; Chang et al., 2008). Thus, the 

effect of a conductive fault on net CO2 storage needs to be analyzed based on the 

geometric and petrophysical properties of the formation, of the fault and of the overlying 

permeable layer, and on the boundary conditions (pressure in the storage formation and in 

the overlying layers). The physics of a CO2 plume rising long vertical distances through 

the Earth’s crust can be complex (Pruess, 2004 and 2005). Here we use a simple model to 

estimate the worst-case CO2 leakage flux along the pathway. This modeling strategy 

aligns with the emerging need for risk assessment of leakage in CO2 storage project.  
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Figure 3.1: CO2 plume leaks (at Dleak) along a fault from the storage formation. Upward 

migration of CO2 is attenuated along the pathway by intersecting permeable 

layers. A and B are entry points of Permeable Layer I and II. qe and Pe are 

flow rate and pressure at the other end of the layer. 

The Mahogany field is an oil and gas reservoir in a heavily faulted sand/shale 

sequence offshore Trinidad. It is well characterized, and for this study it is presumed 

representative of the geology of analogous structures that do not contain hydrocarbon. 

Such structures would be candidates for sequestering CO2 in the region. The fault 

permeability and capillary entry pressure are estimated from a shale gouge ratio (SGR) 

correlation (Alexander, 2012). Using the fault permeability we estimate the worst-case 

CO2 leakage flux. Attenuation into permeable layers is allowed if pressure of CO2 phase 

exceeds capillary entry pressure of the layers. Sealing faults at other end of the 

attenuation layers provide no-flow boundary condition for CO2 flow in the layers, which 

gives a limiting case of minimal attenuation and maximum along-fault CO2 flux. 
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3.2  COMPUTATIONAL MODEL 

We first describe the approach that  estimates fault permeability from field data 

using empirical shale gouge ratio correlation. We then describe a simple model that 

estimates the CO2 leakage flux along a fault and the attenuation rate in permeable layers 

that intersect the fault.  

3.2.1  Estimating Fault Permeability 

As the permeability and capillary entry pressure of large faults in reservoirs 

cannot be measured directly, methods are required for prediction of the fluid flow 

properties of fault rocks on the basis of reservoir properties that can be estimated 

(Sperrevik et al., 2002; Manzocchi et al., 2010). Alexander (2012) uses a shale gouge 

ratio (SGR) correlation to estimate plausible range of fault properties from field data 

described next.   

Estimating fault permeability is complex because there is a relationship between 

macroscopic physical and petrophysical properties and the morphology or shape of 

individual grains (Sperrevik et al., 2002). The main control on fault permeability is the 

shale content of the fault rock and the depth at time of faulting (Fisher and Knipe, 1998; 

Manzocchi et al., 1999 and 2002). The permeability of the fault can thus be inferred from 

the SGR data in the field. SGR is the proportion of phyllosilicate which has been 

displaced past any particular point on a fault (e.g. Yielding et al., 1997). The shale gouge 

ratio data are interpreted from the well logging data from the wells closest to the fault. 

Fault seals were evaluated using SGR with a transition between sealing and nonsealing 

faults occurring in the SGR of 0.15 to 0.25 range (Gibson and Bantham, 2003). Because 

of the high net-to-gross ratio of individual sands, low SGR values typically correspond to 

areas of reservoir self-juxtaposition, whereas good seals (SGR greater than 0.2) exist 

where different sands are juxtaposed against one another. The commercial software 
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TrapTester is used (Alexander, 2012), which is able to provide detailed fault permeability 

range with respect to the depth and the throw of the fault which in turn can be correlated 

to the SGR. It is a more sophisticated method that establishes the structural geological 

significance of the fault beyond simple geometric model building. Here the SGR 

correlation provided by Manzocchi et al. (1999) is used, given by  

51
log 4 log( )(1 )

4
fk SGR D SGR    , (3.1) 

where kf is the fault permeability in units of md, D is fault displacement or throw in 

meters. This relationship captures much of the range of permeability behavior of fault 

gouges (Yielding, 2002).  

Alexander (2012) conducts another independent investigation that models the 

pressure response to production of  adjacent fault blocks (e.g. Permeable Layer I and II in 

Figure 3.1). When fluids from reservoirs on both sides of a fault have been produced, it is 

possible to model the cross flow and estimate the fault permeability. By modeling the 

pressure response and getting a reasonable fit between the measured and calculated 

pressure data, the fault permeability across these two fault blocks is estimated. This 

provides a reasonable validation for the fault permeability obtained from empirical 

correlation based on shale gouge ratio data. 

 

3.2.2  Estimating CO2 Leakage Rate 

Assume CO2 is stored in a sufficiently deep storage formation. Intersecting this 

storage volume is a fault, either vertical or at a fixed angle to the storage reservoir (Figure 

3.1). Leakage of CO2 from saline aquifers involves cocurrent and countercurrent flow of 

two fluid phases (brine and CO2), and relative permeability and capillary pressure play 
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critical roles in buoyancy driven flow (Bennion and Bachu, 2005; Lakshminarasimhan et 

al., 2006; Saadatpoor et al., 2008). In this work we only consider a single phase flow of 

CO2 along the fault. We further assume that CO2 has established steady saturation along 

the fault. This is a conservative assumption, however. For the purpose of quantifying 

worst-case leakage flux, single phase steady flow of CO2 is assumed. Darcy’s law is 

assumed to capture the relationship between flux and driving force.  

We treat the fault as a one-dimensional conduit with spatially varying 

permeability. Thus the complexities of the fault core and the damage zone surrounding it 

are averaged into a single array of permeability values. This simplification is consistent 

with concepts such as the shale gouge ratio (Yielding et al., 1997).  

The flow of CO2 along the fault is treated analogously to flow along a leaky 

wellbore in Chapter 2. The driving force of CO2 leakage is potential gradient along the 

pathway, given by (Tao et al., 2010a)  

( )g ahgz p    , (3.2) 

where g is the potential of CO2,  is the density difference between water and CO2, pah 

is the CO2 pressure above hydrostatic pressure. Inclined fault decreases the potential 

gradient by a factor of cos, where  is the dip angle of the fault. At the bottom of the 

leakage pathway (Dleak in Figure 3.1), pah represents the injection pressure less 

hydrostatic (Δpelev). Steady state leakage of CO2 from Dleak to top of fault will follow a 

phase pressure gradient that is Δpelev divided by length of leakage path. This is the driving 

force augmenting buoyancy-driven flow. In the post injection period when there is no 

elevated pressure in the leakage source, CO2 flow is driven by buoyancy only and the 

second term on the right hand side in Eq. 3.2 vanishes.  
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The properties of CO2 vary along the pathway because both pressure and 

temperature vary. The variation in pressure and temperature can cause phase changes that 

affect the CO2 flux (Pruess, 2004). Here for simplicity we assume no phase changes 

occur. This is valid for the pressures and temperatures in many storage formations and is 

sufficient for the purpose of estimating the magnitude of worst-case CO2 fluxes along the 

fault. The Peng-Robinson equation of state (Sandler, 2006) is used to compute CO2 

density (Kumar et al., 2005). The viscosities for an array of pressures and temperatures 

were calculated with PVTSim (2007). The heat transfer between rising CO2 and the 

surroundings is likely to be relatively rapid because the flow rate is small as CO2 

migrates along conductive faults. Thus a reasonable estimate of the temperature of CO2 

along the pathway simply follows the geothermal gradient. 

We solve in discretized form the driving force equation and steady state mass 

balance equation to obtain the pressure profile of CO2 along the pathway. The solution is 

iterative with the density and viscosity of CO2 estimated from the pressure profile using 

the methods described above. The CO2 property profiles are then used to update the CO2 

flux profile. 

It is instructive to see how much CO2 could be attenuated by permeable layers as 

it migrates towards the surface. We use a semi-analytical 1D two-phase flow model to 

estimate the CO2 flow rate in the layers. The two-phase model for permeable layers 

represents a process of CO2 displacing water. The three fundamental relationships are 

continuity equation (conservation of mass), flow rate equation (Darcy’s Law) and 

equation of state (PVT properties). Assuming a “black oil” displacement, the equation of 

state may be expressed by a formation volume factor (Breitenbach et al., 1973). We use 

the Implicit Pressure Explicit Saturation (IMPES) method to solve this problem (Price 

and Coats, 1973). The finite difference equations for CO2 and water are 
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where subscripts c and w denote CO2 and water phase respectively, superscript n is the 

time step, Vp is pore volume, S is saturation, B is formation volume factor, ap is 

“difference operator”, defined as 
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, (3.5) 

where i denotes number of grid block, kr is relative permeability, T is transmissibility, 

subscripts E and W denote east and west of grid block i (corresponds to i+1 and i-1 

respectively), which take arithmetic average for B and μ, and upstream value for kr. 

Far-field boundary conditions for permeable layer are considered in two limiting 

cases (Figure 3.1): constant pressure (Pe = Phydrostatic) and no flow (qe = 0). These 

represent best case and worst case for attenuation of CO2 leakage respectively. 

Numerically solving Eq. (3.9)-(3.11) provides the pressure and saturation profiles along 

the permeable layer at each time. It enables us to estimate the rate and cumulative amount 

of CO2 that enters each layer. 

We use the pressure profile established along the fault as the boundary condition 

for the entry point of the permeable layers (point A, B in Figure 3.1). CO2 enters an 

attenuation layer only if the pressure of CO2 phase exceeds hydrostatic at the layer depth 

by more than the capillary entry pressure of that layer. We can then estimate the CO2 

attenuation rate for each layer and compare with the worst-case CO2 leakage rate along 

the fault, and determine the risk if CO2 is injected near that fault.  
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3.3  CASE STUDY: MAHOGANY FIELD, TRINIDAD 

The Mahogany field is located 60 miles offshore from the southeast coast of 

Trinidad (Figure 3.2) in the Columbus Basin within the Eastern Venezuelan Basin in 

approximately 285 feet of water (Maharaj et al., 2000; Mackow et al., 2003a,b; Gibson 

and Dzou, 2004). It is a faulted anticlinal structure with Pleistocene age stacked sand and 

shale sequences. The field is dominated by water drive mechanism because of the large 

aquifer that exists below. There are 15 reservoirs in the field, comprising a series of 

stacked gas sands in seven separate major fault blocks (Figure 3.3). Field pressure data 

showed that the fault separating Fault Block X (FBX) and Fault Block Y (FBY) has cross 

flow (Figure 3.4). When production from formations in FBX commenced, the pressure 

declined faster in the already producing formations in FBY.  

 

 

Figure 3.2: The Mahogany field is located 60 miles offshore from the southeast coast of 

Trinidad (Mackow et al., 2003a). 
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Figure 3.3: The fault (in black) separating Fault Block X and Y provides a pathway for 

CO2 leakage if CO2 is injected into brine-filled formation Sand 21 in FBX. 

The permeable layers in highlighted area (blue quadrilateral) are assumed to 

be able to attenuate CO2 flux along the fault. The attenuation layers are: 

Sand 21 in FBX, Sand 20 in FBX and FBY, and Sand 19 in FBX and FBY. 

 

 

Figure 3.4: Historical pressure trends for FBX and FBY indicate pressure communication 

across the fault separating the blocks ("The company", 2010). 

sea level 

300 
ft 

9888 
ft 

sea bed 

5° 

leakage 
depth 

X Y   



 79 

In this study, we regard the structure of the Mahogany field as representative of 

likely non-hydrocarbon-bearing target formations for CO2 storage in Trinidad. The fault 

separating FBX and FBY (Figure 3.3) is assumed to be leaky and it provides a conduit 

for CO2 flow. Further assume that CO2 is stored in formation Sand 21 in FBX, which was 

recorded to have a large volume of brine ("The company", 2010). The permeable layers 

in highlighted area are assumed to be able to attenuate CO2 flux along the fault. 

Altogether we consider five attenuation layers across the fault: Sand 21 in FBY, Sand 20 

in FBX and FBY, and Sand 19 in FBX and FBY. 

 

3.3.1  Fault Permeability 

The investigated fault in Mahogany Field is 300 ft below sea level (Figure 3.3). 

The potential leakage source of CO2 is 9888 ft deep below the sea bed. The fault has a 

dip angle of 5 degree. The length of the fault is estimated as 15620 ft from a contour map. 

The fault displacement (throw) is 129.54m ("The company", 2010). The width/thickness 

of the fault is estimated from the correlation with the fault displacement (Hull, 1988; 

Manzocchi et al., 1999; Fisher and Jolley, 2007), 

Fault width = 
Fault displacement 129.54 m

1.3 m 4.3 ft
100 100

   , (3.6) 

First the SGR correlation is used to estimate the fault permeability (Alexander, 

2012). The SGR data are interpreted from well logging close to the fault by converting 

gamma ray to shale content logs. Together with well trajectories and fault displacement, 

the fault permeability is estimated from Eq. (3.2) and plotted against the depth in Figure 

3.5. The permeability is in the range of microdarcies to millidarcies with a mean of about 
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50 d. The correlation also provides an estimate of capillary pressure along the fault, 

which are used as inputs in the CO2 leakage model described later. 

 

Figure 3.5: Fault permeability generated from the SGR correlation (Alexander, 2012). 

The mean value is about 50 d. 

The fault permeability estimated based on the pressure response (Figure 3.4) has 

inputs summarized in Table 3.1 (Alexander, 2012). A reasonable fit in the pressure data 

yields a fault permeability in the range of tens microdarcies (Figure 3.6). The uncertainty 

in the permeability is due to the uncertainty in productivity index of the well. The fault 

permeability estimated from the analytic model falls within the range of that estimated 

from the SGR correlation (Figure 3.5). 
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Table 3.1: Inputs for Fault Transmissibility Model 

PROPERTY VALUE 

Initial pressure in FBX, psi 5094 

Initial pressure in FBY, psi 4920 

Total compressibility for FBX, psi
-1

   1/4920  

Total compressibility for FBY, psi
-1

  1/4920 

Cross-sectional area, ft
2
  15000*4.3  

Viscosity, cP  1.9  

Duration of production, day  942 
 

 

 

Figure 3.6: A reasonable match between the analytic model and field data yields a fault 

permeability in tens microdarcies. 

   

4500

4600

4700

4800

4900

5000

5100

5200

0 200 400 600 800 1000

P
re

ss
u

re
,  

p
si

 

Time, Days 

FBY field data

FBX field data

FBX ANALYTIC MODEL

FBY ANALYTIC MODEL



 82 

3.3.2  CO2 Leakage Rate 

Using the permeability estimated from SGR correlation, we calculate the worst-

case CO2 leakage flux along the fault in Mahogany Field in the case that none of the flux 

is attenuated by intersecting permeable layers. If CO2 migration is driven by buoyancy 

only, the CO2 flux is 0.7 mg/m
2
/s. For comparison Allis et al. (2005) reported that CO2 

background flux at the earth's surface is up to 0.2 mg/m
2
/s. An example of a large surface 

flux would be Crystal Geyser (Utah), where seepage from a thermogenic accumulation of 

CO2 reaches 8 mg/m
2
/s at localized high flux surface. Locke et al. (2010) reported the 

CO2 flux measured at the surface in Illinois Basin averages 1 mg/m
2
/s. The worst-case 

CO2 flux for buoyancy-drive flow would be above the background range, but below high 

fluxes in nature. The CO2 leakage rate corresponding to the cross-sectional area of the 

fault is 371 kg/d.  

If the CO2 plume encounters the leakage point in the fault during injection, the 

elevated pressure due to injection adds additional driving force for CO2 leakage (Eq. 

(3.2)). In the case of a 500 psi pressure elevation at the bottom of pathway, the pressure 

gradient is 0.05 psi/ft, the CO2 flux is increased to 0.86 mg/m
2
/s and the corresponding 

leakage rate is 459 kg/d.  

Next we consider the attenuation of CO2 by the permeable layers. The rate at 

which CO2 enters an attenuation layer is referred to as “attenuation rate”. The attenuation 

rate of each layer is computed, and the total attenuation rate (cumulative for multiple 

layers) is compared with the worst-case leakage rate from formation (459 kg/d). The 

leakage rate from top of fault is defined as the leakage rate from formation less the total 

attenuation rate. 

Five permeable layers are considered along the pathway as described earlier. Each 

of the attenuation layers has its geometrical and rock properties summarized in Table 3.2. 
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Their depths are between 8800 and 10200 ft, lengths range from 1500 to 3200 ft and 

widths are assumed to be the same as the length of the fault. The thicknesses of the layers 

range from 200 to 450 ft. All the layers are lateral layers with a 0 dip angle. The 

permeabilities of Sand 21, 20 and 19 are 300, 500 and 700 md respectively. The porosity 

of the layers in FBX is 25.3% and that of the layers in FBY is 27%. The capillary entry 

pressure of each layer are inferred from the SGR correlation, ranging from several psi to 

more than a thousand psi.  

 

Table 3.2: Properties of Permeable Layers  

PROPERTY 
SAND 21 SAND 20 SAND 19 

FBX FBY FBX FBY FBX FBY 

Depth, ft 10150 - 

10600 

9750 - 

10200 

9800 -

10000 

9500 - 

9700 

8800 - 

9200 

8860 - 

9260 

Length, ft 1500 3200 1600 3200 1800 2800 

Thickness, ft 450 200 400 

Width, ft 15620 

Dip 0 

Permeability, md 300 500 700 

Porosity, % 25.3 27 25.3 27 25.3 27 

Capillary entry 

pressure, psi 
167 300 288 1441 14.6 7 

 

The attenuation layers initially contain formation water only. The relative 

permeability curve of CO2 and water from Bennion and Bachu's experimental work 

(2005) is used in the calculation. The compressibilities of CO2, water and rock formation 

are assumed to be 3×10
-5

, 3×10
-6 

and 3×10
-6 

psi
-1

 respectively. The boundary at the entry 

point of the permeable layers is assumed as constant pressure obtained from the pressure 

profile of CO2 leakage along the fault. The entry grid block of each layer is assumed to 
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have the same permeability as the fault at that depth. CO2 enters a layer only if the 

capillary entry pressure is exceeded. The boundary condition at the other end of the 

attenuation layers are considered in the two limiting cases described earlier: constant 

pressure and no flow.  

Multiple CO2 attenuation scenarios are presented by considering boundary 

condition of attenuation layers and pressure elevation at leakage depth (Figure 3.7). Case 

(a) and (b) have a high pressure elevation of 500 psi with constant pressure and no flow 

boundary respectively. In case (c) and (d) a moderate pressure elevation of 200 psi is 

applied on both cases.   

  



 85 

  

(a) (b) 

  

(c) (d) 

Figure 3.7: CO2 attenuation rates in five attenuation layers: (a) constant pressure 

boundary, pressure elevation 500 psi; (b) no flow boundary, pressure 

elevation 500 psi; (c) constant pressure boundary, pressure elevation 200 

psi; (d) no flow boundary, pressure elevation 200 psi. 

The effect of boundary condition on attenuation rate is observed by comparing 

Case (a) and (b) (or (c) and (d)). A constant pressure boundary yields much larger 

attenuation rates from the layers than those in no flow boundary. The rates in constant 

pressure boundary increase with time asymptotically. In the no flow boundary the 
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attenuation rates from the layers are retarded, showing an increase with time initially, and 

then decrease until an equilibrium is reached (zero rate).  

The total attenuation rate is compared with the worst-case CO2 leakage rate of 

459 kg/d computed earlier in this section. Note that the leakage rate assumes a steady 

state flow and its corresponding pressure profile along the fault does not change with 

time. For a constant pressure boundary for Case (a) and (c), the total attenuation rate 

(asymptotic value) is greater than the leakage rate from formation, and thus the CO2 

leakage rate at top of the fault is zero. This corresponds to a situation that all rising CO2 

enters the encountered permeable layers. For a no flow boundary for Case (b) and (d), the 

CO2 leakage rate at top of fault is zero initially. However after the attenuation rates from 

the layers start to decline, more leaking CO2 migrates towards the surface and thus the 

leakage rate at top of fault increases asymptotically to its worst-case rate. 

In the calculation of capillary pressure at any location along the fault, the 

assumption is that the aqueous phase pressure along the fault remains hydrostatic as CO2 

rises along the fault. The CO2 phase pressure obtained from steady state leakage less the 

hydrostatic pressure yields the capillary pressure profile. The capillary pressure at each 

attenuation layer is compared with the capillary entry pressure obtained from SGR, to 

determine whether this layer is open for attenuation. 

The effect of pressure elevation on attenuation rate is counterintuitive. Greater 

elevation in pressure at the base of the fault opens more permeable layers for attenuation 

and results in large attenuation rate (compare Case (a) with (c), or Case (b) with (d)). This 

is because the capillary entry pressure is exceeded for a larger number of permeable 

layers, enabling more CO2 to enter these layers, and meanwhile a larger pressure gradient 

is imposed along the layers by a greater elevated pressure at base of fault. Therefore 
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greater pressure elevation increases the attenuation of CO2 along the fault and result a 

smaller leakage rate at top of fault, at least for the short term.  

 

3.4  CONCLUSIONS 

We develop a simple leakage model and apply to the Mahogany Field, Trinidad. 

The Mahogany Field is presumed representative of the geology of analogous structures 

that do not contain hydrocarbon, which would be candidates for sequestering CO2 in the 

region.  

A plausible range of fault properties from field data is estimated using a shale 

gouge ratio correlation. It provides fault permeability and capillary entry pressure versus 

depth based on the SGR inferred from well log data and the displacement of the fault.  

Using the permeability and other properties of the fault, we estimate the worst-

case CO2 leakage flux along the fault. The results show that for the inferred fault 

permeability and a plausible range of pressure elevation at the base of the fault, the 

predicted CO2 fluxes at top of the fault are in tenths mg/m
2
/s. That is above the 

background range, but below high fluxes in nature. We use a simple two-phase model to 

estimate the attenuation of CO2 in permeable layers that intersect the fault. A layer is 

open for attenuation only if the pressure of the CO2 phase exceeds the capillary entry 

pressure of that layer. The results show that CO2 flow rate along fault could be attenuated 

to zero. However the attenuation is temporary if layers are sealed at other end. 

Counterintuitively, greater elevation in pressure at the base of the fault can result in less 

CO2 leakage at the top of the fault. This is because the capillary entry pressure is 

exceeded for more permeable layers, enabling more CO2 to enter these layers and 

therefore increasing the attenuation of CO2 flux along the fault, at least for the short term. 
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Chapter 4: Modeling Above-zone Measurements of Pressure and 

Temperature for Monitoring CCS Sites 

Geologic storage of CO2 for atmospheric emissions reductions imposes unique 

requirements to document containment. Monitoring pressure in strata above the injection 

interval is a fit-to-purpose technique to document performance of the confining system 

and the degree of isolation provided by existing wellbore completions. The Cranfield 

(Mississippi, USA) enhanced oil recovery and sequestration project provides an example 

of this technique. Downhole high-precision pressure and temperature data were collected 

at an observation well at two depths: at the injection interval and at a selected above zone 

monitoring interval (AZMI). The AZMI pressure data show a perturbation 

contemporaneously with pressure elevation in injection zone, which suggests a possible 

inter-formational fluid communication via wellbore. Concurrent temperature data 

maintain a linear correlation (constant difference) between zones, which suggests little to 

no volume of injection interval fluid is being introduced into the AZMI at the monitoring 

well.  

We describe a simple set of coupled analytical models that enable diagnosis of 

above-zone monitoring data. Concurrent pressure and temperature measurements are 

especially valuable because they independently constrain the effective permeability of a 

leakage path along wellbore. Application of the models to the Cranfield data shows that 

the observed pressure elevation requires a model with an extremely large leakage rate and 

an effective wellbore permeability in order of tens of darcies. The temperature model 

shows that this rate would be large enough to raise the temperature in the monitoring 

zone significantly, which is not observed. Conversely, modeling the temperature response 

yields a wellbore permeability less than a few darcies and a flow rate insufficient to 

explain the observed pressure in the monitoring sand. We conclude that the monitoring 
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well is unlikely to be leaking. The observed pressure increases in the monitoring well are 

attributed to larger-scale geomechanical phenomena currently under investigation. 

 

4.1  INTRODUCTION 

Large-volume injection of CO2 for sequestration in subsurface geologic reservoirs 

elevates subsurface reservoir fluid pressure. Elevated pressure has the potential to impact 

storage integrity (Chiaramonte et al., 2008) and to cause long-term regional 

environmental effects (Nicot, 2008; Birkholzer et al., 2009). CO2 injected into 

underground formations flows through permeable layers, causing elevated pressure in the 

injection zone (Figure 4.1). The pressure can drive the displacement of formation fluid 

from the injection zone upward along a wellbore (monitoring well in Figure 4.1) into 

other formations if there is not proper zonal isolation (Javandel et al., 1988; Avci, 1994; 

Lacombe et al., 1995; Nordbotten et al., 2004). Measuring pressure in strata above the 

injection interval is a fit-to-purpose technique to monitor performance of the confining 

system, especially around existing wellbore completions. Monitoring of pressure is a 

standard reservoir surveillance technique, although continuous datasets from zones 

overlying the injection interval are rare, especially for CO2 injections.  
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Figure 4.1: CO2 injected into underground formation migrates through permeable layers, 

causing elevated pressure in the injection zone. The pressure can drive brine 

migration from the injection zone upward along a wellbore (observation 

well) into other formations if there is not proper zonal isolation. 

Meckel and Hovorka (2009 and 2010) have deployed above-zone pressure and 

temperature monitoring during a continuous CO2 injection to test the sensitivity of this 

approach for documentation of integrity of the confining system in an area of numerous 

well completions. The Southeast Regional Carbon Sequestration Partnership (SECARB) 

Phase 2 field project is conducted at Cranfield Field in southwest Mississippi by the Gulf 

Coast Carbon Center at the Texas Bureau of Economic Geology (Figure 4.2a). This 

location provides an opportunity to monitor industrial-scale continuous CO2 injection in 

an anticline structure at 3 km depth. Carbon dioxide from natural geologic accumulation 

is transported to Cranfield and has been injected continuously in supercritical phase since 

July 2008 to support enhanced oil recovery. A total of eight injection wells, six 

production wells, and one dedicated observation well (EGL7) have been involved in the 

experiment (Figure 4.2b). Separations between injection wells and the observation well 

range from 220 – 1120 m.  
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(a) (b) 

Figure 4.2: (a) Location of the Cranfield field site in southwest Mississippi within the 

regional setting of the Mississippi Interior Salt Basin (Meckel and Hovorka, 

2009). (b) Field map showing location of injection (triangles), production 

(big circles), and abandoned wells (small circles) in the vicinity of the 

dedicated observation well EGL7 (open square) (Meckel and Hovorka, 

2010). 

A description of the injection interval and pressure response is presented in 

Meckel and Hovorka (2009 and 2010). Immediately above the regional confining system 

and 120 m above the injection zone, the Above Zone Monitoring Interval (AZMI) is a 

prevalent non-productive brine-saturated sandstone of ~100 mD permeability. The 

permeability of this formation was evaluated from a standard buildup test in the 

observation well. Two sets of pressure/temperature gauges were installed on tubing, one 

set adjacent to the injection zone and the other adjacent to the AZMI (Figure 4.3).  
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Figure 4.3: Observation well (EGL7) at Cranfield: pressure and temperature data 

recorded for the CO2 injection interval and overlying above-zone monitor 

interval (AZMI).  
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Figure 4.4: Plot of over 2 years (July 2008 to August 2010) of continuously recorded 

pressure and temperature data for the injection zone and AZMI (Meckel and 

Hovorka, 2010). Pressure in the injection zone rises within a month after 

CO2 injection starts. Pressure in AZMI increases two months later, 

indicating a possible wellbore leak. Temperature data suggest a first-order 

isolation as both zones recover to distinct baselines, maintaining a linear 

correlation with a consistent differential of ~4.9°C (~8.8°F). 

Pressure and temperature monitoring began two weeks prior to injection initiation 

and data have been collected continuously (ten minute recording frequency) throughout 

the ongoing injection (Figure 4.4). Pressure in the injection zone reached a maximum of 

8.8 MPa (1280 psi) higher than initial pre-injection conditions, while the pressure in the 

AZMI has increased 0.7 MPa (100 psi). The perturbation of AZMI pressure data 

contemporaneously with pressure elevation in injection zone suggests a possible inter-

formational fluid communication via wellbore. Temperature data in both zones recover 

from gauge installation to distinct baselines. If no other data were available, the increase 

in AZMI temperature could conceivably be interpreted as evidence of leakage. But the 

difference between AZMI and injection zone temperatures is essentially constant at 
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(~4.9°C), a value consistent with the local geothermal gradient of 44°C/km. The large 

local gradient is likely due to deeper salt movement resulting in anticlinal structure and 

supported by well log data. This suggests that both formations are simply returning to 

prevailing subsurface conditions after perturbations induced during monitoring gauge 

installation.  

To resolve the conflicting interpretations of the pressure and temperature data, a 

physics-based inter- and intra-formational well transport model is employed. The model 

allows an operator to explore quantitatively the pressure and thermal signals of wellbore 

leakage to an AZMI. Here we describe a simple set of coupled analytical models that 

enables diagnosis of above-zone monitoring data when injection-zone data are also 

available. Concurrent pressure and temperature measurements at the same elevation 

independently constrain the effective permeability of a leakage path along wellbore 

because they depend on independent phenomena (system compressibility for pressure, 

flow rate and thermal conductivity for temperature). If the result from modeling the 

pressure response is consistent with the result from modeling the temperature response, 

then the wellbore permeability and leakage rate can be estimated with some confidence. 

If the results are contradictory, then those parameters cannot be estimated, and further 

measurements and mechanisms other than inter-formation leakage must be included in 

order to explain the pressure/temperature responses. 

 

4.2  MODELING PRESSURE RESPONSE 

We model the pressure response in AZMI before the CO2 plume reaches the 

monitoring well (Tao et al., 2012a). Pressure measurements begin in July 2008. The data 

series used here ends in August 2010, a time period of twenty-six months (Figure 4.4). 
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The pressure in the injection zone is elevated due to CO2 injection from a variety of 

injection wells between 220 and 1120 m away. This imposes a vertical gradient in 

potential that could drive formation fluid (brine) upward along a wellbore if a leakage 

pathway exists. In this section we describe a simple analytical model that calculates the 

pressure in the AZMI based on other model parameters independently measured (e.g. 

pressure in injection zone) or assumed (e.g. effective permeability of leakage pathway). 

Matching the calculated trend to the monitoring zone pressure observations constrains the 

value of the effective permeability and of the fluid leakage rate. 

 

4.2.1  Computational Model 

Assuming a single phase flow of brine, the model of pressure response couples 

the flow from the injection interval along a leaking wellbore to flow into the AZMI 

(Figure 4.5). The modeled leaking brine reaches the monitoring sand above the confining 

layer and migrates into it at a volumetric rate of qleak. We consider an effective 

permeability (kwell) and cross-sectional area Aannu of the leakage pathway (Huerta et al., 

2009; Tao et al., 2010a). The pressure data in the injection zone (Pinj) from Figure 4.4 are 

taken as input to the model. Other model parameters (wellbore, formation fluid and sand 

layer) are summarized in Table 4.1, which were independently measured from a well test 

in AZMI. By coupling the fluid migration along the wellbore and into the sand layer, and 

considering reasonable boundary conditions for the injection reservoir and AZMI 

intervals, we calculate the pressure in the monitoring zone for different values of 

effective wellbore permeability.  
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Figure 4.5: Measured two-year injection-zone pressure from Figure 4.4 is input to the 

model parameter Pinj . Other wellbore and sand layer properties (Table 4.1) 

are independently measured (from well testing in above zone). Assuming a 

wellbore permeability kwell and considering the boundary condition of 

above-zone sand layer (open or closed), we can calculate the above-zone 

pressure Pabove. By fitting Pabove to the observation, we get an estimate of the 

effective permeability of wellbore. This process also gives the brine leakage 

rate qleak. 
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Table 4.1: Sand and Wellbore Properties 

Parameter Units Value 

Above zone sand layer   

        Thickness, h ft 18 

        Permeability, ksand  md 100 

        Porosity,  - 0.28 

        Ambient pressure, pi psi 4400 

Wellbore   

        Inner casing diameter, ri in 7 

        Outer casing diameter, ro in  10.75 

        Depth to above zone gauges, Dabove ft  9859.4 

        Depth to injection zone gauges, Dinj ft 10226.1 

Formation fluid   

        Viscosity,  cP 0.44 

        Density,  kg/m
3
  1027 

Total compressibility, ct psi
-1

  6×10
-6

  

 

Flow along the wellbore is given by Darcy’s law, 

well annu
leak

k A
q


   , (4.1) 

where qleak is the leakage rate, Aannu is wellbore cross section available for flow taken to 

be the annulus between lower casing and its hole size (if hole size is not available the 

upper casing size can be used as approximation),  is viscosity of the formation brine that 

is leaking, and  is the potential of fluid whose gradient is given by 

p g z    , (4.2) 

where z is depth,  is density of formation brine estimated from the hydrostatic pressure 

gradient along the monitoring well.   
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The estimate requires a boundary condition on the AZMI. Here we consider two 

limiting cases: open boundary at which the pressure is equal to the initial pressure of the 

layer (worst case, in the sense that the leakage rate is largest) and closed boundary (best 

case, in that leakage rate is smallest). In the open boundary case, flow from wellbore into 

the AZMI is described by radial diffusion equation, given by 

1 above t above

sand

p c p
r

r r r k t

   
 

   
, (4.3) 

where pabove is the pressure in AZMI, r is radial distance from center of wellbore, ct is 

total compressibility,  and ksand are porosity and permeability in AZMI and t is time.   

Eq. (4.3) can be solved analytically by introducing dimensionless variables (Dake, 

1978): 
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, (4.4) 

where rw is wellbore radial, h is thickness of AZMI and pi is ambient pressure at AZMI.   

Eq. (4.3) in dimensionless form is given by   

1 D D
D

D D D D

p p
r

r r r t

  
 

   
, (4.5) 

The solution to Eq. (4.5) is given by 

21
( , ) ( )

2

D
D D D

D

r
p r t Ei

t
  , (4.6) 

where Ei is Exponential Integral function, defined as: 
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( )
t

x

e
Ei x dt

t

 

  , (4.7) 

Eq. 4.6 gives pressure in above zone with respect to distance from wellbore. We 

evaluate pabove at the wellbore (r=rw) to compare with the value measured by the pressure 

gauge. 

In the limiting case of closed boundary in AZMI, the sand layer is modeled as a 

closed cylindrical tank with a fixed far field radius re from the monitoring well. The 

accumulation of formation fluid in AZMI is related to the pressure in the above zone by 

above
leak t

dpdV
q cV

dt dt
  , (4.8) 

where V is volume of formation fluid in AZMI. The second equality indicates a pressure 

rise caused by fluid accumulation in a closed AZMI. In contrast to the open boundary 

case, here we ignore the gradient in pabove with distance from the well. In effect we 

assume that the transient propagates rapidly so that the compressibility determines the 

fluid pressure throughout the above zone. A quick calculation of propagation time to 

reach boundary gives milli-seconds when tD = 1 in Eq. 4.4, and hence the assumption is 

reasonable in time frame of the two-year period of data.   

 

4.2.2  Results 

Matching the calculated pabove(r=rw) to the AZMI pressure observations yields an 

estimate of the effective permeability of wellbore and of the fluid leakage rate. In the 

limiting case of open AZMI interval boundary conditions, a reasonable match of pressure 

data yields kwell  = 70 D (Figure 4.6). The corresponding flow rate is of order 10
-1

 kg/s. 
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Note that this result is independent of the far field radius re, because the solution in Eq. 

(4.6) is not a function of re.  

 

Figure 4.6: Matching the two-year above-zone pressure data assuming the monitoring 

sand is open yields a very large wellbore permeability (70 D, red curve). 

This is because the dimension of sand layer is much larger than the wellbore 

annular space. It requires a very large wellbore permeability to transport 

enough brine into the permeable monitoring sand to raise its pressure. With 

smaller wellbore permeability (1 D (green) or 1 mD (magenta)), the leakage 

rate is too small to raise the pressure in the monitoring sand appreciably. A 

permeability of 1 D approximately corresponds to a 10
-2

 kg/s flow rate. 

The very large wellbore permeability obtained for the open boundary assumption 

is due to the fact that the dimension of AZMI is much larger than the wellbore annular 

space. Thus a very large conductivity is required to transport enough formation brine into 

AZMI to raise its pressure. For the measured pressures, smaller wellbore permeabilities 

(1 D or 1 mD) yield leakage rates (several g/s for 1 D and tenths g/s for 1 mD) too small 

to account for the observed pressure in the monitoring sand (Figure 4.6).  
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In the limiting case of closed boundary in AZMI, assuming the monitoring sand is 

closed at a reasonable radius (re =5000 ft), matching above-zone pressure data still yields 

a very large wellbore permeability of 35D (Figure 4.7). Although small far field radius 

reduces the estimated permeability, it is geologically unlikely for the monitoring sand to 

be closed within a small distance since there is no evidence of AZMI sealed by faults 

locally.  

 

Figure 4.7: Matching above-zone pressure data assuming the monitoring sand has a 

closed boundary at radius re = 5000 ft still yields a very large wellbore 

permeability of 35 D, which corresponds to a flow rate of more than 10
-1

 

kg/s. 

We conclude that the observed pressure elevation in AZMI requires a model with 

a large leakage rate of order tenths kg/s and an effective wellbore permeability in order of 

tens of darcies. Such a large leakage rate should be expected to raise the temperature in 

AZMI given the temperature difference between the two zones. In next section we model 

the temperature response and compare the results with that from pressure response. 
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4.3  MODELING TEMPERATURE RESPONSE 

The measurements in Figure 4.4 show that the temperature in AZMI is not 

perturbed relative to the temperature in the injection zone. Fluid may nevertheless be 

flowing from injection zone to above zone at very low rates. As fluid flows along the 

wellbore it will lose enthalpy due to heat transfer with the surroundings, Figure 4.8. If the 

flow rate is small enough that there is rapid heat exchange between fluid and 

surroundings, then the fluid will arrive in the AZMI at the prevailing temperature in the 

AZMI. Thus the temperature measurement would not be affected by the flow from the 

injection zone. If the flow is large, then there is less time for heat exchange with the 

shale, and the fluid from the injection zone would arrive in the AZMI at a temperature 

appreciably larger than the prevailing temperature.  
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Figure 4.8: Schematic of modeling temperature response. Temperatures at injection zone 

and monitoring sand are read from Figure 4.4. The leaking brine is assumed 

to be at static injection-zone temperature. The leaking brine transfers heat to 

the surrounding rock at a rate qtransfer which is proportional to effective heat 

transfer coefficient U. Using wellbore and rock properties, we calculate the 

monitoring-zone temperature Tabove for a given leakage rate. Because the 

data of Figure 4.4 show no perturbation of Tabove relative to Tinj, we use the 

model to find the maximum flow rate that does not perturb Tabove. 

In this section we describe a simple analytical model that calculates the flow rate 

below which the above-zone temperature is not perturbed. We refer to this as the 

threshold flow rate. A good estimate of the heat transfer coefficient is important to get an 

accurate result. Because the data of Figure 4.4 indicates no significant perturbation of the 

local geothermal heat flux, we can deduce an upper bound on the heat transfer 

coefficient. We can then estimate the wellbore permeability to which the threshold flow 

rate corresponds and compare with that from the pressure response.  
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4.3.1  Computational Model 

The model of temperature response accounts for advection of enthalpy by the 

leaking fluid and heat transfer between the wellbore leakage path and the surroundings. 

Assume no radial temperature gradient in the leaking brine and no friction loss along the 

path and consider the energy balance equation given by (Hasan and Kabir, 1994) 

ˆˆdH dQ dv
g v

dz dz dz
   , (4.9) 

where z is depth, H and v are enthalpy and velocity of fluid along the wellbore leakage 

path, g is gravitational acceleration, Q is the heat transferred between fluid and the 

surroundings, and the caret ^ indicates a specific quantity (per unit mass).  

The rate of heat transfer (qtransfer) from the leaking fluid to the rock formation is 

given by 

transfer sq UA T   , (4.10) 

where U is heat transfer coefficient in unit of W/m
2
·K, As is heat transfer surface area and 

T is temperature difference between fluid and rock formation. The rock formation is 

mostly shale (Figure 4.8) and we assume it allows temperature propagation but is 

confined for pressure leakage.  

An analytical solution to Eq. (4.9) for flow within a wellbore can be derived by 

assuming a constant specific heat capacity (cp) and neglecting kinetic energy change (Luo 

and Bryant, 2010a,b). Here we apply the solution on the AZMI wellbore leakage problem 

(Figure 4.8) assuming that the temperature of the rock surrounding the wellbore follows 

the geothermal gradient. The temperature profile of the leaking fluid is given by 

2

0 0( ) ( )
2 2 2 2

z

R
inj

p p

g R GR g R GR
T z T T e T Gz

c c



   



        , (4.11) 
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where Tinj is temperature in the injection zone, To is temperature at a reference depth, G is 

geothermal gradient, cp is specific heat capacity, R is pseudo wellbore radius (described 

below), z is distance from reference depth and β is dimensionless ratio (described below) 

of the rate of heat transfer to the rate of advective transport of enthalpy. 

The static temperature in the injection zone (Tinj (static)) is 126.8°C (260.3°F) and 

that in the above zone (Tabove (static)) is 121.9°C (251.5°F) (Figure 4.4). Assume the 

temperature in the wellbore tubing where the gauges are located is equal to the 

surrounding temperature. The geothermal gradient is thus given by 

 ( )  ( )inj static above static

inj above

T T
G

D D


 


0.044°C/m, (4.12) 

The pseudo wellbore radius R is calculated to account for the annular flow, given 

by  

2 2 2  0.1 mo iR r r R      , (4.13) 

Here ro and ri are outer and inner casing diameters given in Table 4.1. This 

assumption underestimates the heat transfer since the heat transfer surface area in the 

model (2πR(Dinj–Dabove)) is smaller than the actual area by a factor of ro/R=1.4. 

We neglect the gravitational term in Eq. (4.11) because the distance between 

zones is small; the change in temperature that give a change in enthalpy equivalent to the 

change in potential energy between zones is 0.017°C. Reference temperature (T0) in Eq. 

4.11 is set to the surrounding temperature in injection zone, corresponding to Tinj (static) in 

Figure 4.8. 

The dimensionless ratio  is given by 

annu

p

UA

c m
  , (4.14) 
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where m  is mass flow rate of leaking brine along the wellbore.  

To estimate the heat transfer coefficient (U), we compare qtransfer with heat 

conduction through the rock formation away from the well (Figure 4.9). To simplify the 

model, we consider a limiting case in which a large leakage flow rate has established a 

uniform temperature along the wellbore between injection and above zone (Tw=Tinj (static)). 

Assuming the local geothermal heat flux is not perturbed (the measured temperature 

difference between zones remains constant, Figure 4.4), we can compute a 1-D radial 

steady heat conduction (qradial) in the rock formation, given by (Bird et al., 2007)  

1
0

T
r

r r r

  
 

  
 with B.C. ; 

w er r w r r eT T T T   , (4.15) 

where Te is temperature at far field radius re, assumed to be the average geothermal 

temperature between depth Dinj and Dabove. 

 

 

Figure 4.9: Heat transfer coefficient U is important in estimating threshold flow rate. We 

find plausible value of U by comparing heat flux qtransfer with heat 

conduction in the rock formation (qradial and qgeothermal). Note from Figure 4.4 

that heat conduction in the rock is dominated by qgeothermal. This imposes an 

upper bound on the magnitude of qradial and hence on U. 
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The solution to Eq. (4.15) is given by 

 ln ln
ln ( )

e w
w w

e w

T T
T r r T

r r


   , (4.16) 

Then we can calculate the heat flow using Fourier’s law, 

rock rockq k A T   , (4.17) 

where krock is thermal conductivity of rock, in unit of W/m·K, Arock is cross-sectional area 

perpendicular to heat flow direction. The thermal conductivity of clay saturated with 

brine is in the range 0.6~2.5 W/m·K and that of saturated sand 2~4 W/m·K (Engineering 

ToolBox, 2012). For our calculation we take krock = 2 W/m·K.  

The heat flow rates in both radial (qradial) and geothermal (vertical) direction 

(qgeothermal) are computed by Eq. (4.17). Within a reasonable range of re of thousands feet, 

qradial is in hundreds watts and substantially smaller than qgeothermal which is in tens to 

hundreds of kilowatts (consistent with field observation). We can then estimate the heat 

transfer coefficient (U) (see next section) by assuming qtransfer is comparable to qradial. 

 

4.3.2  Results 

The solution in Eq. (4.11) yields a plot of temperature in above zone Tabove as a 

function of the mass flow rate along the wellbore in Figure 4.10. For small flow rates, the 

temperature in above zone is not perturbed by the migrating formation fluid because it 

equilibrates to the geothermal gradient as it moves upward. On the other hand at large 

flow rate, the fluid arriving at the above-zone gauge has not cooled off at all, and the 

above-zone gauge will read the same temperature as the injection zone. We use this plot 
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to determine a negligible perturbation of above zone temperature from static value, and 

the corresponding flow rate is defined as the threshold flow rate.  

 

Figure 4.10: Tabove versus leakage rate for several values of heat transfer coefficient (U). 

Tabove is not perturbed from its static value for small leakage rate, and it 

approaches Tinj for large leakage rate. Larger U shifts curve to the right and 

yields larger threshold flow rate. Figure 4.4 shows a negligible perturbation 

of Tabove from static value. Figure 4.11 indicates that U is in the range of 1 to 

10 W/m
2
K. Thus the threshold flow rate should be between 10

-3
 and 10

-2
 

kg/s. To produce this flow from the pressure data (Figure 4.4), the wellbore 

permeability is estimated to be less than a few darcies. 

A good estimate of the heat transfer coefficient U is important in estimating the 

threshold flow rate. Larger heat transfer coefficient shifts the curves in Figure 4.10 to 

larger values of flow rate and thus yields a larger threshold rate. Coupling Eqs. (4.10), 

(4.11) and (4.14) we plot qtransfer against the leakage rate qleak at different U (Figure 4.11). 

The curves converge when qleak is small because heat is transferred sufficiently fast from 
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fluid to surroundings even under low heat transfer coefficient. At large leakage rate, the 

temperature of the rising fluid becomes constant and the heat flow rate is simply 

proportional to the heat transfer coefficient as Eq. (4.9) illustrates. We have determined in 

previous section that qtransfer is of the order hundreds watts at leakage rate large enough to 

establish uniform temperature along wellbore (greater than 10 kg/s, Figure 4.10). We 

therefore interpret from Figure 4.11 that a heat transfer coefficient in the range of 1 to 10 

W/m
2
·K is most likely a good estimate. 

 

Figure 4.11: Rate of heat transfer qtransfer versus rate of mass flow qleak at different heat 

transfer coefficient U. The curves converge when the mass flow rate is low. 

At high mass flow rate, qtransfer increases with the increase of U. When 

qtransfer is in hundreds of watts, U is in the range of 1 to 10 W/m
2
K. 

We can then estimate the threshold flow rate and corresponding wellbore 

permeability. Figure 4.10 indicates the threshold under limiting case U=10 W/m
2
·K is 10

-

2
 kg/s and that under U=1 W/m

2
·K is 10

-3
 kg/s. Using the upper bound of threshold rate 
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 kg/s) together with the two-year pressure history (Figure 4.4), we estimate the 
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wellbore permeability by Darcy equation (Eq. (4.1)) to be less than a few darcies. Both 

the flow rate and wellbore permeability are at least an order of magnitude smaller than 

the values estimated from the pressure response (tenths kg/s and tens darcies).  

The results estimated independently from pressure and temperature responses are 

summarized in Table 4.2. The observed pressure elevation in above zone requires a 

model with a large leakage rate and an effective wellbore permeability in order of tens of 

darcies. The temperature model shows that this rate would be large enough to raise the 

temperature in the monitoring zone significantly, which is not observed. Conversely, 

modeling the temperature response yields a wellbore permeability less than a few darcies 

and a flow rate insufficient to explain the observed pressure in the monitoring sand. We 

conclude that the monitoring well is unlikely to be leaking. The observed pressure 

changes in the monitoring well are difficult to interpret in that context, and are currently 

attributed to larger-scale geomechanical phenomena (physical deformation of geological 

layering and resulting pressure changes) currently under investigation (e.g. Kim and 

Parizek, 1997). The analysis here does not eliminate the possibility that other existing 

wells have provided pathways for fluid migration into the AZMI at locations other than 

EGL7. 

Table 4.2: Summary of Wellbore Permeability 

Computation 

basis 

Boundary of 

sand layer 
Permeability Comment 

Pressure 

response 

Open 

tens darcies 

Implies large enough flow rate to 

raise temperature in monitoring 

sand  Closed 

Temperature 

response 
-- 

Less than a 

few darcies 

Implies insufficient flow to raise 

pressure in monitoring sand  
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4.4  CONCLUSIONS 

We develop conceptual and analytical models for interpreting continuous above-

zone (AZMI) pressure and temperature monitoring data. Independent measurement of 

pressure and temperature at two elevations help constrain effective permeability models 

along the monitoring wellbore. If the results from modeling pressure response and 

temperature response are consistent, wellbore permeability can be estimated. If the results 

contradict, as is observed here, the wellbore is unlikely to be leaking. The application to 

Cranfield data show that the dedicated monitoring well (EGL7) is not leaking. 

Alternative explanations for the AZMI pressure response are currently underway, 

including far-field leakage via wells other than EGL7 and geomechanical effects.  

The models described here and their application to the Cranfield AZMI provide 

insight for monitoring strategies. First, relatively simple models are useful for 

interpreting AZMI measurements and can be readily incorporated in monitoring or risk 

assessment frameworks. Second, concurrent pressure and temperature records in the 

AZMI enable a much more robust assessment of whether leakage is occurring than either 

measurement would provide alone. It seems prudent to instrument all AZMI with both 

gauges when feasible. Thermal data are most likely to contribute to understanding of 

local processes and pressure data for both local and far-field processes. 
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Chapter 5: Optimization of Injection/Extraction Rates for Surface 

Dissolution Process 

Implementing geological carbon sequestration at large scale to mitigate 

anthropogenic emissions involves the injection of CO2 into deep brine-filled structures. 

Extraction of brine from the aquifer greatly mitigates pressure elevation during CO2 

injection, and thus reduces the risk of leakage of injected CO2. An alternative to injecting 

CO2 as a buoyant or supercritical phase (discussed in next chapter) is to dissolve it into 

brine extracted from the storage formation, then inject the CO2-saturated brine into the 

storage formation. This “surface dissolution” strategy eliminates the risk of buoyant 

migration of stored CO2, greatly mitigates the extent of pressure elevation during 

injection, eliminates pressure interference between storage projects, and eliminates the 

problems associated with large-scale displacement of brine.  

The pressure field in the storage formation during injection period largely controls 

the design of a surface dissolution project. If the goal is to store CO2 entirely in the 

aqueous phase, then the pressure contour corresponding to the bubble-point pressure of 

the CO2-saturated brine marks the boundary of usable space within the storage formation. 

The shape of the CO2 concentration front when some part of the front first arrives at the 

saturation pressure contour defines the maximum areal extent of CO2-saturated brine and 

hence the aquifer utilization efficiency. 

Heterogeneity of the aquifer reduces the utilization efficiency significantly. We 

illustrate by comparing utilization efficiency in homogeneous permeability field with that 

in uncorrelated and correlated heterogeneous fields under same well control. The 

example cases yield reductions of the utilization efficiency by 9% and 15% of total 

aquifer pore volume respectively.  
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We develop an optimal control strategy of the injection/extraction wells to 

maximize the utilization efficiency for heterogeneous aquifers. We propose two objective 

functions: one seeks to improve the areal sweep by minimizing the mismatch between 

CO2 concentration front and saturation pressure contour; the other directly formulates the 

utilization efficiency while penalizing zones that contain gas phase CO2. Both approaches 

significantly improve the aquifer utilization efficiency by delaying the arrival of the 

dissolved CO2 front at the contour of saturation pressure. In the example uncorrelated 

heterogeneous field, the utilization efficiency is improved by 3% of the aquifer pore 

volume. In the example correlated heterogeneous field, the improvement in utilization 

efficiency is 9%.  

Heterogeneity plays an important role in determining the location of saturation 

pressure contour within the storage formation. For a simple example domain, we propose 

an optimal well pattern orientation strategy by placing line-drive injectors in high 

permeability zone and extractors in low permeability zone, so that the saturation pressure 

contour is closer to the extractors and thus increases the aquifer utilization efficiency. 

Illustration of this concept in the correlated heterogeneous field shows an improvement of 

utilization efficiency by 5% using optimal well placement and another 9% combining 

with the optimal control of injection/extraction rates. This results in a total 14% increase 

in the utilization efficiency, which nearly compensates the reduction due to heterogeneity 

(15%) in this correlated permeability field. 

 

  



 114 

5.1  INTRODUCTION 

As introduced in Chapter 1, the standard storage procedure of injection of 

supercritical CO2 into deep structures without brine extraction imposes great risks. 

Extraction of brine from the aquifer offers advantage over standard storage procedure by 

greatly mitigating pressure elevation during CO2 injection. One way is to dissolve CO2 

into brine extracted from the storage formation, then inject the CO2-saturated brine into 

the storage formation (Figure 5.1).  

 

 

Figure 5.1: Schematic of the brine dissolution strategy (Burton and Bryant, 2009) 

includes pumps for the brine extraction, brine injection, and compression of 

the captured CO2 stream. The two fluids are mixed at an optimal 

temperature Tmix and pressure Pmix (Jain and Bryant, 2010) until the CO2 

dissolves, and then the saturated brine is re-injected. 

It is important to search for an optimal design of the injection/extraction strategy 

for surface dissolution process. Our goal is to achieve a maximum aquifer utilization 

efficiency for a targeted amount of CO2 to be stored in the aquifer. While it is 

Captured 

CO2
CO2

dissolution

Brine-filled 

structure
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straightforward to derive a solution for an ideal (homogeneous) aquifer (Jain and Bryant, 

2010), it requires a more sophisticated approach to conduct the optimal control in a 

heterogeneous aquifer. Researchers in the oil and gas industry identified approaches to 

optimize the net present value of production (Asheim, 1988; Brouwer and Jansen, 2004; 

Sarma et al., 2006), or improve the sweep efficiency in the field (Alhuthali et al., 2007; 

Shamshiri and Jafarpour, 2010). These methods provide insight, though not direct 

application, into the optimal design of a surface dissolution CO2 storage project. In this 

work we propose an optimal control of the injection/extraction rates and an optimal line-

drive pattern orientation to improve the utilization efficiency of an intended saline aquifer 

for storing dissolved CO2. 

 

5.2  AQUIFER UTILIZATION EFFICIENCY 

5.2.1  Definition 

We illustrate the surface dissolution process using a line drive injection/extraction 

pattern (Figure 5.2). The pressure field in the storage formation during injection period 

largely controls the design of a surface dissolution project. The obvious limit on the 

process is that extraction would stop when CO2-saturated brine breaks through at an 

extraction well. The overall injection rate would be reduced correspondingly. The more 

severe constraint is the location of the contour of bubble point pressure during injection. 

This depends on the pressure field established in the aquifer during injection period. If 

the goal is to store CO2 entirely in the aqueous phase, then the pressure contour 

corresponding to the bubble-point pressure of the brine marks the boundary of usable 

space within the storage formation. The shape of the CO2 concentration front when it 

reaches the saturation pressure contour defines the maximum areal extent of CO2-
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saturated brine and hence the aquifer utilization efficiency (Ea). It is defined as the 

fraction of pore volume swept when the CO2 saturated brine reaches the bubble point 

pressure contour in the aquifer, given by  

2Volume occupied by CO  saturated brine upstream of bubble point pressure contour

Total pore volume between injectors and producers
aE 

 (5.1) 

  

 (a) (b) 

  

 (c) (d) 

Figure 5.2: (a) Pressure contour and (b) CO2 concentration contour in homogeneous 

permeability field (Figure 5.3a). (c) Pressure contour and (d) CO2 

concentration contour in the correlated heterogeneous permeability field 

(Figure 5.3e). The highlighted contour in (a) and (c) is the pre-defined 

bubble point pressure. 
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5.2.2  Reduction of Ea due to Heterogeneity 

In an ideal (homogeneous) storage aquifer, the CO2 concentration front and 

pressure contour are coupled and an analytical model can be derived (Jain, 2010). It 

provides a quick estimation of the implementation cost and allows minimization of the 

cost with respect to associated parameters in a storage structure with homogeneous 

properties. However the assumption of ideal aquifer overestimates the aquifer utilization 

efficiency because the variability of real geological parameters makes the bubble point 

contour irregular (cp. Figure 5.2a and 5.2c).  

To compare and illustrate the reduction of utilization efficiency due to 

heterogeneity, we consider three different permeability fields: a homogeneous field (ideal 

case, Figure 5.3a), a random/uncorrelated heterogeneous field (Figure 5.3c) and a 

correlated heterogeneous field (Figure 5.3e). All three have the same geometric mean 

permeability of 38md. Compositional reservoir simulator ECLIPSE300 is used to model 

the single phase flow and transport of the dissolved CO2 component. The injection fluid 

is CO2-saturated brine and the extraction fluid is originally-in-place brine. The densities 

of the two fluids are nearly the same, so we ignore gravity. For convenience of 

illustration we also ignore layering within the domain, so the flow field is effectively 

two-dimensional. Extension of the concept to heterogeneity in all three dimensions is 

straightforward.  
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Figure 5.3: Aquifer utilization efficiency Ea depends strongly on heterogeneity of the 

permeability field. (a) In a homogeneous field, (b) CO2 concentration front 

arrives at the bubble point pressure contour late (Tarrive = 2785 d) and yields 

a high aquifer utilization efficiency (Ea); (c) In an uncorrelated/random 

heterogeneous field with same geometric mean permeability, (d) Tarrive is 

significantly earlier and Ea is correspondingly reduced; (e) In a correlated 

heterogeneous field, (f) Ea is even smaller. 

Four injectors are placed on the west side and four producers are on the east side 

of the aquifer as a line drive pattern (Figure 5.3). Wells in each line are equally spaced 

and the injection and production rates of each well are the control parameters. The total 

injection rate in reservoir volume is kept equivalent to the total production rate to 

maintain the reservoir pressure. The injection/production rate is shared equally by the 

four injectors and four producers, and kept constant throughout the injection period. The 

domain is assumed closed at all four boundaries. The spatial distributions of pressure and 

of CO2 concentration are output from the simulation (Figure 5.2 and 5.3).  

The bubble point pressure of the injected CO2-saturated brine depends on the 

salinity of the brine and the temperature and pressure of the mixing tank (Figure 5.1). 

Jain (2010) describes how the mixing tank pressure and thus the bubble point pressure 

can be optimized. In this work we assume that the injection fluid has a bubble point 

pressure of 4328 psia, which is in the middle a little toward the producers in the pressure 

contour map (highlighted contour in Figure 5.2a and 5.2c) for the illustration purpose of 

the optimal control strategy. The CO2 concentration front is selected to be the contour of 

0.2% mole fraction of CO2 (Figure 5.2b and 5.2d), which corresponds to 10% of the 

injected concentration. During injection, the concentration front moves from the injectors 

towards the producers, and eventually at a certain time it just reaches the bubble point 

pressure contour. We denote this time to be Tarrive (Figure 5.3). Tarrive is very important to 

the surface dissolution project because it determines the time period that the injection 
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could last before significant quantities of exsolved CO2 would begin to form in the 

storage structure. Hence in our definition of the aquifer utilization efficiency (Eq. (5.1)) 

the aquifer volume occupied by CO2-saturated brine is limited to the area upstream of 

bubble point pressure contour when t is less than or equal to Tarrive.  

The pressure and CO2 concentration contours show regular and symmetric shapes 

in a homogeneous aquifer (Figure 5.2a and 5.2b) and the CO2 concentration front moves 

uniformly from the injectors (Figure 5.3b). The CO2 concentration front arrives at the 

bubble point pressure contour after 2785 days of injection at which time just under 53% 

of the formation contains CO2 saturated brine. The average position of the CO2 

concentration front is similar in the heterogeneous field when the same amount of fluid 

has been injected, but the pressure and concentration contours exhibit asymmetric shapes 

(Figure 5.2c and 5.2d)  and the concentration front moves unevenly towards the 

producers (Figure 5.3d and 5.3f). The faster moving portion of the front (at x=30, y=10 in 

Figure 5.3d or x=25, y=20 in Figure 5.3f) caused by locally larger flow rates leads to 

earlier breakthrough at the producer, or more relevantly in a surface dissolution project, 

earlier arrival at the bubble point pressure contour (1615 days in Figure 5.3d and 1665 

days in Figure 5.3f). At that time (t=Tarrive) 44% of the formation contains CO2 saturated 

brine in the uncorrelated permeability field (Figure 5.3d). In the correlated permeability 

field of Figure 5.3e, the regions of faster advance of the CO2 concentration are more 

pronounced, and result in even less of the aquifer containing CO2-saturated brine when 

the bubble point pressure contour is encountered (Figure 5.3f). 
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5.3  OPTIMAL CONTROL OF INJECTION/EXTRACTION RATES 

5.3.1  Mathematical Formulation 

Heterogeneity in the permeability field accelerates fluid front movement locally 

and causes significant reductions in Tarrive and corresponding utilization efficiencies 

compared to homogeneous domains with the same well rates. Thus a robust optimal 

control of the injection/extraction wells is required to incorporate the heterogeneity in the 

CO2 storage aquifer. It is apparent that aquifer utilization efficiency Ea is equivalent to 

areal sweep efficiency for a single phase displacement. A more uniform sweep yields a 

higher utilization efficiency. In the consideration of this aspect as well as the ultimate 

goal of maximizing Ea at t=Tarrive, we formulate the objective function in two ways: 1) 

minimize the mismatch between CO2 concentration front and bubble point pressure 

contour; 2) maximize utilization efficiency Ea while penalizing zones that contain gas 

phase CO2 (Tao and Bryant, 2012b). Mathematically objective 1 is given by 

2

2

1 , ,

1

( )
r

b CO

N

i P i C i

i

J w d d
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where Nr is the total number of rows of grid blocks perpendicular to the line drive fluid 

movement, ,bP id  is the distance of bubble point pressure contour from injectors at ith row 

of grid blocks, 
2

,COC id  is the distance of CO2 concentration front at ith row of grid blocks, 

and wi is the weighting factor to penalize the too fast movement of concentration front 

that exceeds the bubble point pressure contour, defined as 

2

2

, ,

, ,

1,      for 

100,     for 

CO b

CO b

C i P i

i

C i P i

d d
w

d d


 



. (5.3) 

Objective 2 is given by 
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where Ea is the aquifer utilization efficiency numerically calculated by 
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and mi is the term to penalize the gas phase CO2 given by 
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. (5.6) 

We seek to minimize the objective functions (Eq. (5.2) and Eq. (5.4)) by 

controlling well injection/extraction rates. We try each objective function separately to 

evaluate whether one enables a greater utilization efficiency to be found. The aquifer 

voidage balance is maintained by keeping equal and constant total injection and 

extraction rate. The BHPs are varying accordingly based on the allocated rates. To solve 

this nonlinear constrained optimization problem, we use the BFGS algorithm (Nocedal 

and Wright, 2006) and numerically calculate the Jacobian matrix (first derivatives of 

objective function) and Hessian matrix (second derivatives of objective function). After a 

number of iterations searching for global minimum, the optimal injection/extraction rates 

are obtained that yield an optimal Tarrive and Ea in the aquifer.  

 

5.3.2  Results 

We conduct the optimization of Ea on the uncorrelated heterogeneous field 

(Figure 5.3c) and correlated heterogeneous field (Figure 5.3e). Both objective functions 

are applied to compare their effectiveness. The control variables are flow rates of 
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injection/extraction wells and kept constant over time. The total injection and production 

rates are equal and constant at 1000 RB/D applying to all cases. In the unoptimized base 

cases, the injection/production rate of each well is hence 250 RB/D (Figure 5.4 and 5.6).  

In both heterogeneous fields the utilization efficiency increases as a result of the 

optimization routine (Figure 5.5 and 5.7). The optimization algorithm automatically 

generates the rate allocation among the injectors/extractors (Figure 5.4 and 5.6). For the 

uncorrelated permeability field, the optimal injection/extraction wells control under both 

objective functions yield similar bubble point pressure contour and CO2 concentration 

front, even though their rate allocations differ (Figure 5.4). The optimization algorithm 

decreases production from well P1, increases production from well P4, decreases 

injection in well I3 and increases injection in well I2, in order to yield a more uniform 

concentration front movement. As a result, Tarrive for both objective functions is increased 

by 170 days (1785d in Figure 5.5 vs. 1615d in Figure 5.3d) and the aquifer utilization 

efficiency is increased by 3% of the total aquifer pore volume (46.7% in Figure 5.5 vs. 

43.8% in Figure 5.3d).  
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Figure 5.4: Injection and extraction rates show some big changes in the optimized cases 

from the base case for the uncorrelated heterogeneous permeability field 

(Figure 5.3c).  

  
(a) (b) 

Figure 5.5: Bubble point pressure contour and CO2 concentration front in the optimized 

cases with (a) objective function 1 and (b)  objective function 2 (optimal 

rates in Figure 5.4) for the uncorrelated heterogeneous permeability field. 

Both delay Tarrive and significantly improve Ea from the base case (cf. Figure 

5.3d).   
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Figure 5.6: Injection and extraction rates change dramatically in the optimized cases from 

the base case for the correlated heterogeneous permeability field (Figure 

5.3e). 

  
(a) (b) 

Figure 5.7: Bubble point pressure contour and CO2 concentration front in the optimized 

cases with (a) objective function 1 and (b)  objective function 2 (optimal 

rates in Figure 5.6) for the correlated heterogeneous permeability field. Both 

delay Tarrive and significantly improve Ea from the base case (cf. Figure 

5.3f).  Objective 2 performs better than objective 1.  

10 20 30 40 50

5

10

15

20

25

30

35

40

45

50  

 

Pb

C
CO2

10 20 30 40 50

5

10

15

20

25

30

35

40

45

50  

 

P
b

C
CO

2

E
a
=42.5% 

T
arrive

=1975d 

T
arrive

=2195d E
a
=47.3% 



 126 

On the correlated permeability field, the improvement of Ea is greater; compare 

Figure 5.7a and 5.7b to Figure 5.3f. The high permeability zone is located mostly at the 

north half of the field (Figure 5.3e). It leads to faster concentration front movement 

towards extractors P1 and P2. Intuitively we would decrease the production and injection 

rates for those high-perm-associated wells and increase the rates for the other wells 

maintaining the fixed total rate. The optimization shows a good consistency with our 

intuition (Figure 5.6), by decreasing the production rates in well P1 and P2 (to 125 and 

100 RB/D from 250 RB/D) and injection rate in well I2 (to 50 RB/D from 250 RB/D), 

and correspondingly increasing the production rates in well P3 and P4 and injection rate 

in well I4 and I1. There is slight difference in rate strategy between objective functions 1 

and 2 on well I3 (objective 1 decreases rate slightly while objective 2 increases rate). The 

quantitative rate allocation also differs between these two methods. As a result the CO2 

concentration front shows a clear difference (Figure 5.7a and 5.7b), with the front in the 

optimum found for objective 2 being pushed further near the middle of y-axis. The 

objective 1 has delayed Tarrive by 310 days and improved Ea by more than 4% of aquifer 

pore volume. The objective 2 has done an even more significant job by delaying Tarrive by 

530 days and improving Ea by 9% from the base case. 

 

5.4  OPTIMAL WELL PATTERN ORIENTATION 

5.4.1  Conceptual Basis 

In this section we discuss well pattern orientation strategy, in particular a line 

drive pattern, in a heterogeneous CO2 storage aquifer. If the directional heterogeneity is 

known to exist, then there is a clear advantage to place injectors/extractors in a line drive 

pattern.  
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We give a simple example to illustrate the effect of heterogeneity on bubble point 

pressure contour (Figure 5.8). Both cases have the same well configuration, and all wells 

are operated at equal, constant rates. In the homogeneous permeability field (Figure 5.8a), 

the surface map of pressure field shows a constant slope of pressure from injectors to 

extractors (Figure 5.8b). The position of the bubble point pressure contour is linearly 

interpolated with respect to pressure near injectors and extractors. Now suppose the 

permeability near the injectors is a factor of 3 larger (Figure 5.8c), due for example to the 

presence of a geologic feature such as a channel sand (oriented north-south) or to human 

intervention such as hydraulic fracturing of the injectors. In this case the pressure field 

shows a change in the slope along a path from injectors to extractors (Figure 5.8d). Hence 

the bubble point pressure contour is closer to the extractors by a distance of two to three 

grid blocks (cp. Figure 5.8b and 5.8d). It increases the potential for a higher aquifer 

utilization efficiency as the CO2 concentration front will travel a longer distance until it 

reaches the bubble point pressure contour.  
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(a) (b) 

 

 
(c) (d) 

Figure 5.8: Simple illustration of the effect of heterogeneity on pressure distribution and 

corresponding bubble point pressure contour. Homogeneous permeability 

field (a) yields a constant slope in pressure from injectors to extractors (b) 

while heterogeneous permeability field (c) yields a change in the slope (d). 

By placing injectors in a line oriented within the high permeability zone (i.e. 

north-south) and extractors in a correspondingly oriented line within the low 

permeability zone, the bubble point pressure contour occurs closer to the 

extractors by a distance of two to three grid blocks. This automatically 

increases the aquifer utilization efficiency. 

If the lines of injectors and producers in this example were oriented west-to-east 

instead of north-to-south, the optimization would require increasing the injection rate in 

the lower permeability portion of the formation and decreasing the rate in the high 
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permeability channel. This has the undesirable side effect of increasing the injection 

pressure and increasing the risk of fracturing. Extending the objective function to 

penalize strategies that increase injection pressures is straightforward, and we find that 

the optimal well pattern orientation enables larger total injection rates.  

 

5.4.2  Results 

We apply the optimal well pattern orientation to the correlated heterogeneous 

permeability field (Figure 5.3e). Since the high permeabilities locate mostly in the 

northern half of the field, we switch the orientation of the line-drive injectors and 

extractors to run east-to-west rather than north-to-south. To facilitate comparison of the 

pressure and concentration contours, we have rotated the field 90 degrees in Figure 5.9a, 

so that the flow is left to right in Figure 5.9b. Now the injectors are in an optimal position 

closer to the high permeability zones. Under the same well rate control as in Figure 5.3f, 

the bubble point pressure contour in the new well orientation has moved farther towards 

the extractors (Figure 5.9b). It delays the arrival time Tarrive by almost 300 days (1955d in 

Figure 5.9b vs. 1665d in Figure 5.3f) and increases the aquifer utilization efficiency Ea by 

5% of the total pore volume (43.7% in Figure 5.9b vs. 38.4% in Figure 5.3f).  
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(a) (b) (c) 

Figure 5.9: (a) Injectors placed in a west-to-east line near high permeability zone of 

Figure 5.3e (note that the image is rotated 90 degrees here relative to Figure 

5.3e) and extractors placed in a corresponding line away from the high 

permeability zone. (b) The new orientation of well pattern causes the bubble 

point pressure contour to moves towards the extractors and increases Ea. (c) 

Optimal control of injection/extraction rates (Figure 5.10) in the new well 

pattern orientation yields a more uniform displacement. The improvement in 

Ea can almost compensate the loss due to heterogeneity (cf. ideal case in 

Figure 5.3b).  

It is instructive to conduct the optimal injection/extraction rate control strategy 

under the new well orientation (Figure 5.9a). Here the objective function 2 is applied as it 

provided a better optimum in the example of Figure 5.7. The optimization algorithm 

reduces the extraction rate in P1 and P2 and increases the rate in P3 and P4 (Figure 5.10) 

because the high permeability goes in the southeast direction where P1 and P2 tends to 

have an early breakthrough. It yields a more uniform CO2 concentration front movement 

(Figure 5.9c). The bubble point pressure contour extends toward the southeast corner 

under the rate control. The optimal Tarrive is delayed by another 500 days and Ea is 

improved by 9% of the aquifer pore volume beyond those in Figure 5.9b. The combined 

improvement in Ea from optimal well pattern orientation and optimal rate control strategy 

is 14% of the total aquifer pore volume, which can almost compensate the loss (15%, cf. 
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ideal case in Figure 5.3b) due to heterogeneity. The optimization results are summarized 

in Table 5.1.  

 

 

Figure 5.10: Optimal injection and extraction rates (objective 2) in the new well 

orientation (Figure 5.9a) for the correlated heterogeneous permeability field. 

Table 5.1: Summary of Optimization Results 

Permeability 

Base Case 

Optimized Cases 

Objective 1 Objective 2 
Pattern 

Orientation 
PO+Obj2 

Tarrive 

(days) 

Ea 

(%) 

Tarrive 

(days) 

Ea 

(%) 

Tarrive 

(days) 

Ea 

(%) 

Tarrive 

(days) 

Ea 

(%) 

Tarrive 

(days) 

Ea 

(%) 

Homogeneous 2785 52.8 -- -- -- -- -- -- -- -- 

Hetero-

geneous 

Uncorrelated 1615 43.8 1785 46.7 1785 46.7 -- -- -- -- 

Correlated 1665 38.4 1975 42.5 2195 47.3 1955 43.7 2455 52.2 
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5.4  CONCLUSIONS 

The heterogeneity of permeability of a storage formation reduces the aquifer 

utilization efficiency for any storage scheme. For the surface dissolution CO2 storage 

scheme this reduction can be significant because extraction wells are part of the storage 

process. The arrival of CO2-saturated brine at any location along the bubble point 

pressure contour determines the storage volume, and early arrival at one location can 

therefore reduce the storage considerably.  

We develop an optimal control strategy of the injection/extraction rates to 

improve the utilization efficiency for heterogeneous aquifers. We propose two objective 

functions: one intends to improve the areal sweep by minimizing the mismatch between 

CO2 concentration front and bubble point pressure contour; the other directly accounts for 

the utilization efficiency while penalizing zones that contain gas phase CO2. Both 

approaches significantly improve the aquifer utilization efficiency by delaying the arrival 

time of CO2 concentration front to bubble point pressure contour. In the uncorrelated 

heterogeneous field, the utilization efficiency is improved by 3% of the total aquifer pore 

volume using both approaches. In the correlated heterogeneous field, the first approach 

improves utilization efficiency by 4% and the second approach performs better by 

increasing the utilization efficiency by 9% beyond the base case. The general principle 

for optimization of surface dissolution is to decrease rates in the wells located at high-

permeability zones and increase rates in those at low-permeability zones, so that the CO2 

concentration front moves more uniformly towards the extractors. 

Heterogeneity plays an important role in determining the location of saturation 

pressure contour within the storage formation. In correlated, oriented permeability fields, 

the optimal orientation of well pattern is to put injectors in a line within the high 

permeability zones oriented parallel to the zones, and extractors in a correspondingly 
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oriented line in the low permeability zones. This pushes the bubble point pressure contour 

towards the extractors and thus increases the aquifer utilization efficiency. Illustration of 

this concept in the correlated heterogeneous field shows an improvement of utilization 

efficiency by 5% using optimal well pattern orientation and another 9% combining with 

the optimal control of injection/extraction rates. This results in a total 14% increase in the 

utilization efficiency, which nearly compensates the reduction due to heterogeneity 

(15%) in this correlated permeability field. 
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Chapter 6: Optimizing CO2 Storage in a Deep Saline Aquifer with the 

Capacitance-Resistive Model 

Implementing geological carbon sequestration involves the injection of CO2 into 

deep brine-filled structures. Extraction of brine from the aquifer greatly mitigates 

pressure elevation during CO2 injection. In Chapter 5 we propose the optimization 

scheme for surface dissolution process. In this chapter we provide a different 

optimization strategy for the injection of supercritical CO2 that involves brine extraction. 

This process raises the problem of avoiding breakthrough of CO2 at extraction wells. The 

problem can be addressed by optimizing flow rates at each extractor and injector to delay 

breakthrough as long as possible. Conducting this optimization using conventional 

reservoir simulators for the CO2 injection and brine extraction process is hampered by 

lack of characterization of the storage aquifer and high computational cost for dealing 

with large number of grid blocks in repeated forward simulations. 

An alternative is to use the Capacitance-Resistive Model (CRM). The inputs for 

the CRM are injection and production rates only. Fitting the model to data recorded 

during early stages of injection characterizes the connectivities between injection and 

extraction wells. The fitted model parameters can be used to optimize subsequent CO2 

injection in the formation. 

We investigate the minimum length of injection history needed for a reasonable 

estimate of CRM model parameters. Results on a synthetic case with scaled field rates 

show that the model parameters estimated after breakthrough at one producer are almost 

as reliable as those estimated using longer injection histories.  

We develop a dynamic optimization approach using the model parameters 

estimated from the CRM. In each optimization time period, the model parameters are 

updated based on the latest injection history. Combined with the model parameters fitted 
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from a fractional flow model, the CO2 storage in aquifer is maximized by minimizing the 

amount of CO2 produced from the aquifer through re-allocation of injection rates if the 

total CO2 injection rate remains constant. The approach is illustrated on the synthetic 

field and the results show significant improvements in CO2 storage efficiency.  

 

6.1  INTRODUCTION 

As introduced in Chapter 1, the standard storage procedure of injection of 

supercritical CO2 into deep structures without brine extraction imposes great risks. 

Extraction of brine from the aquifer offers advantage over standard storage procedure by 

greatly mitigating pressure elevation during CO2 injection.  

Multiple approaches were proposed to reduce the risk of pressure elevation by 

extracting brine from storage formation and re-inject either supercritical CO2 (Keith et 

al., 2005; Hassanzadeh et al., 2009; Anchliya and Economides, 2009) or CO2 saturated 

brine (Burton and Bryant, 2009) back into the formation. Further attempts have been 

made to improve the performance of the CO2-brine circulation processes (Shamshiri and 

Jafarpour, 2010; Tao and Bryant, 2012). These optimization strategies are based on a 

good prior knowledge of storage aquifer characterization. However if we have little or no 

information about the targeted storage formation, as often the case especially at the 

beginning of the injection period, it will pose large limitations on the approaches using 

conventional reservoir simulators. A history matching process will be necessary to 

improve the knowledge of reservoir properties however it could be costly for large 

storage aquifers containing a number of grid blocks. It has also proven very difficult to 

integrate an optimizer with the large set of nonlinear partial differential equations 

required for accurate reservoir simulation. 
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An alternative optimization tool is the Capacitance-Resistive Model (CRM). 

CRM does not require an estimation of physical reservoir properties, but only historic 

injection rates and production rates of all reservoir fluids, data that are typically already 

measured and collected, to solve for its model parameters (Albertoni and Lake, 2003; 

Yousef et al., 2006). CRM has been used to characterize the connectivities between 

injectors and producers and then to optimize the oil production in oil field reservoirs 

(Liang et al., 2007; Sayarpour et al., 2007; Weber et al., 2009a; Nguyen et al., 2011).  

Applying the model to rates recorded during early stages of injection 

characterizes the two sets of CRM parameters, i.e. gains and time constants for 

injector/extractor pairs. Gains are connectivities between injection and extraction wells 

and physically represent the fraction of injected CO2 at a certain injector that contributes 

to a connected extractor. Time constants are convolutions of pore volume, 

compressibility and productivity index associated with each extractor. The fitted CRM 

model parameters can be used to optimize subsequent CO2 injection in the storage 

formation. 

In this chapter we adapt CRM for CO2 storage process in which brine is extracted 

from the storage formation as supercritical CO2 is injected. We investigate how long a 

production history is required to get a good estimate of the CRM model parameters. Then 

we conduct dynamic optimization to maximize the amount of CO2 stored in the aquifer 

using updated model parameters.  

 

6.2  COMPUTATIONAL MODEL 

To use CRM on CO2 sequestration projects, we consider a situation that CO2 in 

dense phase (supercritical) is injected into storage formation through injectors and native 
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brine is extracted from the formation through producers. It is a process of supercritical 

CO2 displacing brine in the reservoir, similarly as that of injected water displacing oil in 

an oil reservoir. We make modifications on the traditional CRM that are used for oil 

reservoirs, so that it is suitable for modeling and optimization in CO2 storage projects. 

The modeling approach is described below. 

 

6.2.1  Capacitance-Resistive Model 

An inter-well connectivity model (Yousef et al., 2005) characterizes the time-

dependent effects of injection wells on production wells using connectivities (or gains) 

and time constants for each input-output pair, similar to linear dynamic models used in 

chemical process control. The control volume is constructed as the drainage area around 

each producer. The production rate of each producer is governed by the continuity 

equation 

1

( )
( ) ( )

in
j

j ij i j

i

dq t
q t f I t

dt




  , (6.1) 

where qj(t) is the production rate of producer j at time t, Ii(t) is the injection rate of 

injector i at time t, fij is the connectivity (gain) between injector i and producer j, which 

physically represents the fraction of injected CO2 in injector i that contributes to 

production in producer j, j is the time constant associated with producer j and ni is the 

total number of injectors.  

Integrating Eq. (6.1) over a discrete time period t yields a solution for 

production rate in time period k, given by  
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The model can be fitted for a selected time period to field injection and 

production data. Model parameters (gains and time constants) are estimated using 

nonlinear regression. The objective function is given by 

2

1 1

min ( )
pt

nn
obs

jk jk

k j

z q q
 

  , (6.3) 

where obs

jkq  is observed production rate of producer j at time step k, np is total number of 

producers and nt is total number of time steps for model fit.  

The objective function is subject to the constraints given by  

1

, 0 and 1
in

ij j ij

i

f f


  . (6.4) 

Fitting the model yields model parameters gains fij and time constants j. They are 

inputs in subsequent optimization strategy (Weber, 2009b).  

 

6.2.2  Optimization of CO2 Storage.   

Once we obtain the connectivities between well pairs, we are able to optimize the 

CO2 storage in the aquifer. If we maintain the total injection rate of CO2 constant with 

time, the amount of CO2 stored in aquifer is maximized if the amount of CO2 produced 

from the producers is minimized. Thus we formulate the objective function described by 

22 ,

1

min
ft p

t

n n

prod CO jk

k n j

CO q
 

 , (6.5) 

where 
2 prodCO  is total amount of CO2 produced in the optimization time frame, 

2 ,CO jkq  is 

the CO2 production rate of producer j at time step k, nft is the number of time steps at end 

of optimization period.  
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A fractional flow model is needed to calculate 
2 ,CO jkq . Here we use an empirical 

power law fractional flow model described by Gentil (2005) and apply it to CO2 storage 

(CO2 displacing brine). For a given producer that has CO2 breakthrough, the brine 

production rate is given by 

,

1

1 j
brine jk jkb

j jk

q q
a CGI




, (6.6) 

where aj and bj are fractional flow model parameters for each producer j. A reasonable fit 

of the model yields a set of aj and bj for each producer. CGIjk is the cumulative CO2 

injected from all injection wells in the aquifer over all time periods previous to time 

period k and reaching producer well j, given by 

1 1

t in n

jk ij ik

k i

CGI f I
 

 . (6.7) 

The CO2 production rate from the producer is thus 

 
2 , ,CO jk jk brine jkq q q  . (6.8) 

The model in Eq. (6.6) combining Eq. (6.8) can be transformed to a linear form 

given by 

 2 ,

, ,
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j j jk
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qq
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. (6.9) 

The power law model allows for the use of linear regression to determine the 

model parameters. The objective function to get the best fit for producer j is 

     
2

min ln ln
t
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n

jk j j jk

k k

z LGWR a b CGI


   , (6.10) 
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where LGWRjk is the natural log of the observed CO2/brine ratio for producer j in period 

k, kbt the first time step that is considered for the CO2 production rate model match after 

breakthrough.  

Once we fit the model and get an estimate of aj and bj, we can use Eq. (6.6) and 

(6.8) to predict and optimize future CO2 storage. The injection rates (Iik) of each injector 

are the design variables. The objective function (Eq. (6.5)) is minimized subject to the 

constraint of total injection rate (Itot), and upper (Iu) and lower (Il) bounds of each 

injector's rate, given by 

1

 and 
in

ik tot l ik u

i

I I I I I


   . (6.11) 

 

6.3  FIELD APPLICATION 

In this section we apply the CRM on a synthetic field to estimate the wellbore 

connectivites, and then conduct dynamic optimization to improve CO2 storage in the 

aquifer.  

6.3.1  Field Description  

The synthetic field is heterogeneous, with two high-permeability streaks in an 

otherwise homogeneous aquifer (Figure 6.1). The two high-permeability streaks are 100 

md and 50 md respectively while the permeabilities for the other grid blocks are 5 md. 

Five vertical injectors and four vertical producers are located in the field, with two 

injector-producer well pairs connected by the two streaks. It is a relatively small field 

with the dimension to be 3100 ft by 3100 ft by 500 ft. It is 10000 ft deep to the top of the 

aquifer where injected CO2 will remain supercritical status in the aquifer. The porosity is 
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20% . Similar streak cases have previously been discussed (Sayarpour et al., 2007; Kim, 

2011).  

 

 

Figure 6.1: Example domain with two high-permeability streaks (100 md and 50 md) in 

an otherwise homogeneous field (5 md). Five injectors and four producers 

are located in the field, with I1 and P1 connected by the 100 md perm streak 

and I3 and P4 connected by the 50 md perm streak. 

To create a synthetic production history, we impose synthetic injection rate 

histories for the five injectors over a time period of 100 months (Figure 6.2). The 

injection rates show variations which mimic real field operation. We use commercial 

reservoir simulator Eclipse 300 to generate the production rates. The four producers are 

under BHP control of 4000 psi and constant with time. The corresponding production 

rates show higher rates for P1 and P4 which are located at high-perm streaks (Figure 6.3). 

In practice there is no prior knowledge of the detailed distribution of properties of the 

aquifer. We represent that situation here by considering only the production and injection 
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histories and assuming no knowledge of the aquifer properties at all. The CRM is 

particularly helpful in this type of situation in learning the connections between the wells. 

 

 

Figure 6.2: Synthetic CO2 injection rates of the five injectors (Figure 6.1) have large 

variations over a 100-month time period. 
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Figure 6.3: Corresponding production rates among the four producers (Figure 6.1) under 

constant BHP control, obtained from simulation using synthetic injection 

rates and the permeability field of Fig. 6.1. P1 and P4 are located at the 

high-perm streaks and consequently have higher production rates. 

 

6.3.2  CRM Gain Fit 

Using the 100-month production and injection histories in Figures 6.2 and 6.3, we 

are able to estimate the well connectivities (gains) and time constants (taus). Here we try 

to answer a question that has not been addressed in previous work: how long a production 

history is needed before an estimate of gains and taus could be obtained that gives 

reasonably good basis for optimizing subsequent injection/production schedules in each 

well. This is important to CO2 storage projects involving brine extraction because the 

projects will involve previously unused reservoirs with correspondingly little information 

about permeability heterogeneity, and CO2 early breakthrough at extraction wells will be 

a major concern.  
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In this study we run the CRM to obtain gains and taus using different durations of 

injection/production history. In other words the portion of the synthetic history used is 

taken from the beginning until 100 m (the entire history), 80 m (first 80% of the history), 

60 m, etc. The estimated gains and taus are summarized in Figure 6.4 and Figure 6.5 

respectively. In each subplot of Figure 6.4, x-axis presents the injector number (e.g. 1 

represents injector I1), y-axis presents the producer number and the color scheme 

represents the gain value. The gains are rather consistent at different durations of 

injection/production history as input to the CRM when the duration is greater or equal to 

15 months. The gains show strong connections between I1 and P1, which is consistent 

with the location  of the 100md high-perm streak, and between I3 and P4 where the 50md 

streak is. The gains that show intermediate connections between the well pairs (I2-P1, I4-

P4, I5-P4) as well as those showing low or no connections seem to be similar with 

different durations of injection/production history. However when we use a shorter 

duration history (10 m or 5 m), the gains show big deviations from the results with longer 

durations (Figure 6.4).  

Similar behavior is observed in the estimation of taus (Figure 6.5). When the 

injection/production history is longer or equal to 15 m, the taus are close and clustered in 

the middle of the plot. The taus obtained from 10 m or 5 m injection/production history 

show big deviation from others.  
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Figure 6.4: Gains estimated using different lengths of injection/production history (inputs 

to the CRM). The full histories (T = 100 m) are given in Figures 6.2 and 6.3.  

In each subplot, x-axis presents the injector number (e.g. 1 represents 

injector I1), y-axis presents the producer number and the color scheme 

represents the gain value. The gains are quite consistent when the duration 

of the injection/production history is greater or equal to 15 months, while 

those under 10 m or 5 m show big deviations from others. 
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Figure 6.5: Taus estimated from CRM using different durations of injection/production 

history. Results show consistency when the duration is longer or equal to 15 

m, but large deviations when shorter than 15 m. 

The reason for the critical length of 15 month injection/production history can be 

addressed by reading the breakthrough time of injected CO2 at the producers (Figure 6.6). 

Producers P1 and P4 have CO2 breakthrough between 10 m and 15 m after the start of 

injection. The production of injected fluid provides strong signals to the CRM and hence 

yields a good estimate of the model parameters that changes little over subsequent time 

(at least, in this example). Conversely without breakthrough of injected fluid at any 

producers it is difficult to establish connections between wells and CRM does not work 

as well, in the sense that the gains and taus are quite different from those obtained after 

breakthrough. Therefore we conclude that the minimum length of production history as 

inputs to CRM should be at least after one producer breakthroughs to yield reasonable 

estimates of model parameters that can be used to optimize subsequent 

injection/production allocations.  
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Figure 6.6: CO2 production rates of the four producers (Figure 6.1) with time. P1 and P4 

have early breakthrough due to the high-perm streaks.  

 

6.3.3  Dynamic Optimization of CO2 Storage 

We consider a CO2 storage operation on the field (Figure 6.1). Unfortunately we 

have little or no knowledge about the properties in the aquifer. Suppose we operate the 
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first 15 m in Figure 6.2 and controlling the producers at constant BHP of 4000 psi. After 

15 months, we observe CO2 breakthrough in producers P1 and P4. Now we have a 

business decision to make: shall we continue injecting CO2? If so, how can we produce 

less CO2 from the producers and maximize the amount of subsequently injected CO2 that 

will remain stored in the aquifer?   

From the previous discussion, we know that the CRM is able to determine the 
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rates are the first 15 m in Figure 6.3). The model parameters gains and taus are listed in 

Table 6.1 and also shown graphically in Figure 6.4 and 6.5. From the gains we can 

interpret that P1 has very strong connection with I1, and P4 has strong connections with 

adjacent injectors. Furthermore we might interpret that there could be high-permeability 

channels connecting those wells, and by adjusting the well operation we might be able to 

avoid producing as much CO2 from these breakthrough wells and improve CO2 storage in 

the aquifer.  

Table 6.1: CRM model parameters for 15-month history 

fij 
I1 

(i=1) 

I2 

(i=2) 

I3 

(i=3) 

I4 

(i=4) 

I5 

(i=5) 
j 

(days) 

P1 

(j=1) 
0.8613 0.5615 0.2671 0.1652 0.1678 36.24 

P2 

(j=2) 
0.0296 0.005 0.0916 0.2561 0.0512 41.40 

P3 

(j=3) 
0.0342 0.2421 0.047 0.0739 0.2075 41.02 

P4 

(j=4) 
0.0713 0.1878 0.5907 0.5012 0.5699 32.02 

 

We conduct a dynamic optimization on the storage of CO2 using the values from 

Table 6.1. The objective function as described earlier (Eq. (6.5)) is to minimize the 

amount of CO2 to be produced while continuing to inject CO2 at the prescribed total rate. 

We fit the fractional flow model for well P1 based on the amount of CO2 produced. The 

model parameters are summarized in Table 6.2. Due to the fact that well P2 and P3 have 

not exhibited breakthrough after 15 months and P4 is at very early stage of breakthrough 

(not enough data to fit fractional flow model), we assume that wells P2, P3 and P4 share 

the same fractional flow model with well P1. This assumption neglects the variation of 
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relative permeability curve between CO2 and water with location in the field. The 

assumption can be relaxed when CO2 production data from other wells are available.  

Table 6.2: Fractional flow model parameters for 15-month history 

Well ln(a) b 

P1 -201.7 19.76 

 

Using the model parameters from both the CRM and fractional flow model, we 

optimize CO2 storage for the next 6 months. The design variables are the injection rates 

of the five injectors. The total injection rate remains the same as that in the last month of 

the 15-month history and constant within next 6 months. The producers are still under 

constant BHP control. For comparison, the base case maintains the same injection rates 

as those at 15 month (Figure 6.7, from 15 m to 21 m). The optimal rates vary drastically 

between the injectors (Figure 6.8, from 15 m to 21 m). I1 and I3 are shut down 

throughout the next 6 months because they are connected to the producers by high-

permeability channels, which resulted in early breakthrough at P1 and P4. On the other 

hand, the optimal rates for I4 and I5 are very large because they are least connected to the 

producers. By injecting more through them a better sweep could be achieved and more 

CO2 could be stored. I2 is connected to the producers to a lesser degree, and it is shut 

down initially for three months and then injection resumes. Correspondingly I5 is shut 

down in the last month. As a result of the optimal rate allocation, the rate of CO2 

produced from the field  is significantly reduced in the optimization time period (Figure 

6.9). 
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Figure 6.7: Base Case: CO2 injection rates among the five injectors. In the optimization 

time period (15 m-21 m), the rates remain the same as those at 15 m.   

 

Figure 6.8: Optimal Case: CO2 injection rates among the five injectors. In the 

optimization time period (15 m-21 m), I1 and I3 are shut down, I4 and I5 are 

injecting at high rates, I2 is shut down initially and then reopen for injection.  
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Figure 6.9: Optimization using CRM with first 15 m of injection/production history 

enables significant reduction in CO2 production rate from the field relative 

to the base case over the next six months.   

With the updated production history of 21 months (15 months original plus 6 

months optimized), we update the gains and taus in the CRM (Table 6.3). The previous 

model parameters (Table 6.1) are used as initial values in the nonlinear regression. The 

updated model parameters (Table 6.3) slightly change from those based on a shorter 

history (Table 6.1). The model parameters for the fractional flow model are also updated 

(Table 6.4). P1 and P4 have a longer history of CO2 production and get updated 

parameters. P2 and P3 are still assumed to have the same fractional flow model as P1.  

  

0 5 10 15 20 25
0

200

400

600

800

1000

Time (month)

F
ie

ld
 C

O
2
 P

ro
d
u
c
ti
o
n
 R

a
te

 (
rb

/d
a
y
)

 

 

Base

Optimal



 152 

Table 6.3: CRM model parameters for 21-month history 

fij 
I1 

(i=1) 

I2 

(i=2) 

I3 

(i=3) 

I4 

(i=4) 

I5 

(i=5) 
j 

(days) 

P1 

(j=1) 
0.7711 0.5471 0.2759 0.1809 0.2132 24.70 

P2 

(j=2) 
0.1675 0 0.0884 0.2376 0.0032 41.14 

P3 

(j=3) 
0.0099 0.2338 0.0995 0.0588 0.2144 35.49 

P4 

(j=4) 
0.0515 0.2191 0.5363 0.5228 0.5444 33.15 

 

Table 6.4: Fractional flow model parameters for 21-month history 

Well ln(a) b 

P1 -134.9 13.0 

P4 -132.3 12.27 

 

Using the new model parameters, we conduct optimization for the next 6 months 

(21 m-27 m). The new base case is the optimal case for first 21 months and maintains the 

optimal rates at 21 m for the next 6 months (Figure 6.10). The new optimal case as before 

has the same total injection rate as base case but different rate allocation (Figure 6.11). 

The optimal rates from 21 m to 27 m still keep wells I1 and I3 shut in and I4 injecting at 

the maximum rate possible. The difference from the period 15 m – 21 m is that the 

optimization shuts down I2 and injects at high rate at I5. As a result, the CO2 production 

rate from the field is further reduced (Figure 6.12).  
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Figure 6.10: Base case for optimization time period (21 m-27 m): the injection rates kept 

constant as the optimal rates at 21 m in previous optimization time period.   

 

Figure 6.11: Optimal case for optimization time period (21 m-27 m): I1 and I3 kept shut 

down, I4 injecting at maximum rate, I2 is shut down and I5 injects at high 

rate.   
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Figure 6.12: CO2 production rate from the field is further reduced from base case 

(optimal case in previous optimization time period).   

This dynamic optimization can be carried on with time. It is comparable to the 

closed-loop control in oil/gas field operation. Instead of updating the properties 

(permeability, porosity, etc.) of a simulation model of the reservoir, we update the gains 

and taus in the CRM. This yields the advantage of dealing with many fewer model 

parameters and thus is computationally more cost effective. The application of the 

dynamic optimization approach on CO2 storage has proven its ability to characterize well 

connectivities and optimize CO2 storage in the aquifer. 

In this approach the optimal allocated rate could be very high for some injectors 

(I4 in Figure 6.10 and 6.11). However in real situation the BHP of the wells has certain 

lower and upper bounds. This constraint is not accounted for in the optimization routine, 

but deserves attention in the application of the approach.  
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show that the model parameters estimated after breakthrough at one producer are almost 

as reliable as those estimated using longer injection histories. Hence CRM can help 

quickly identify the connectivities between injection and extraction wells in a situation 

when early breakthrough happens. This knowledge enables us to adjust the CO2 injection 

rates to delay breakthrough at other extractors and optimize the amount of CO2 stored in 

the aquifer.  

We develop a dynamic optimization approach using the model parameters 

estimated from the CRM at earlier stage of CO2 injection period. In each optimization 

time period, the model parameters are updated based on the latest injection history. An 

empirical fractional flow model is used to characterize the displacement of brine by 

injected supercritical CO2. The model parameters are fitted according to the latest 

injection and extraction data. Combined with the model parameters estimated from CRM, 

we optimize the CO2 storage in aquifer by minimizing the amount of CO2 produced from 

the aquifer. The design variables are the injection rates. The producers are operated at 

constant BHP which is not allowed to change during the optimization. If the total CO2 

injection rate is held constant with time, the objective function maximizes the amount of 

stored CO2 in the aquifer.  

The approach is illustrated on a synthetic case. In the first optimization time 

period, after obtaining the model parameters through a reasonable fit of the CO2 injection 

history, we optimize the CO2 storage and compare the results with base case using an 

independent assessment from a full-physics reservoir simulator. The result show an 

almost 50% increase in the amount of CO2 stored in the aquifer using the optimized 

injection rates. We carry on to the next optimization time period using updated model 

parameters based on the new history. The result shows another decrease in the amount of 
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produced CO2 under optimal rates over the time period, relative to the unoptimized rates. 

This dynamic optimization significantly improves CO2 storage efficiency in the aquifer.  

The CRM runs rapidly and requires no prior geologic model. Thus this approach 

offers great advantages for the likely situation of storage formations that are poorly 

characterized prior to injection.  
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Chapter 7: Conclusions and Recommendations 

7.1  CONCLUSIONS 

The major challenges facing geologic storage are associated with risk assessment 

of storing the CO2 underground. If CO2 is injected as a bulk phase in geological 

reservoirs, it will be less dense than brine and thus might migrate out of the reservoir 

through the subsurface and finally to the atmosphere/biosphere. It is of great importance 

to characterize pathways for such migration. Wells, faults and fractures are generally 

considered to be the most important leakage pathways. The highest risk of leakage could 

occur during the injection phase of the project or shortly thereafter, due to the fact that 

the reservoir pressure is highest during active injection, which leads to the greatest 

driving force that causes leakage. The goal of this dissertation is to diagnose and quantify 

leakage of CO2 from target formation, and for situations in which the leakage risk is too 

large, to provide strategy that optimizes the injection process to reduce that risk.  

One way to diagnose possible wellbore leakage is to monitor pressure and 

temperature in strata above the injection interval. We develop conceptual and analytical 

models for interpreting continuous above-zone (AZMI) pressure and temperature 

monitoring data (Chapter 4). Independent measurement of pressure and temperature at 

two elevations (one in injection zone, the other in the above zone) help constrain 

effective permeability models along the monitoring wellbore. Applying the models to 

Cranfield (Mississippi, USA) data show that the dedicated monitoring well (EGL7) is not 

leaking. This is not an obvious result – the pressure monitoring would almost certainly be 

interpreted as leakage without the modeling work. Thus concurrent pressure and 

temperature records in the AZMI enable a much more robust assessment of whether 

leakage is occurring than either measurement would provide alone.  
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While AZMI in conjunction with suitable models is quantitative, estimating the 

risk associated with CO2 flux along unmonitored but potentially leaky wellbores requires 

a reasonable estimate of the conductivity of leakage pathway. This key issue, however, is 

not well addressed in previous literature. We propose an approach that utilizes the 

analogy between sustained casing pressure (SCP) wells and potential leakage pathways 

for CO2 plume. By using field observations of SCP to estimate transport properties of a 

CO2 leakage pathway, we obtain a range of CO2 fluxes for the cases of buoyancy-driven 

(post-injection) and pressure-driven (during injection) leakage. Buoyancy driven fluxes in 

example wells range from 10
-2

 mg/m
2
/s to 10

3
 mg/m

2
/s. Half of these fluxes are below or 

comparable to natural fluxes measured at surface locations such as Illinois Basin and 

Crystal Geyser, Utah. In fact small leakages from such wells are unlikely to be even 

measurable. 

During the injection period, when pressure elevation augments buoyancy, the 

driving force depends on the length of the leakage path. For leakage layers thousands of 

feet long, a 500 psi pressure elevation at the point of leakage increases the flux by 

approximately a factor of two beyond the buoyancy driven flux. For a few hundred feet 

long leakage paths, a 500 psi pressure elevation could increase the flux by more than ten 

times. In the example wells, since the leakage pathway lengths are mostly greater than 

one thousand feet, the fluxes driven by pressure gradient increase within a factor of two 

and remain in a 10
-2

 to 10
3
 mg/m

2
/s range. If these example wells are representative of 

wells in general, the risk of leakage along wellbores in a carbon sequestration project 

may be much less threat to the environment than commonly perceived.  

The CO2 leakage rates corresponding to the range of values of buoyancy driven 

fluxes span a range from tenth kg/y to several hundred kg/y. These rates are not 

substantial in context of long term sequestration risk assessment. A prototypical storage 
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scenario calls for injecting 1 million tonnes of CO2 per year (Mt CO2/yr) for 50 years into 

a 2500 km
2
 multiple-layer storage aquifer in a mature oil and gas basin such as Alberta, 

Canada starting from 2015 (Celia et al., 2011). Within that area, 1146 existing oil and gas 

wells have been identified, of which 4.5% may be leaking (Watson, 2007), which 

numbers to approximately 50 leaky wellbores. If the 50 wells leak at a rate of 10 kg/y 

which is midrange for SCP wells in our dataset, for one thousand years, cumulatively 500 

tons of CO2 would escape, or 0.001% of the 50 million tons stored CO2.  For a significant 

loss of containment to occur, say 1% of injected CO2, the effective permeability of the 

wells would have to be 1000 times larger, This would correspond to a permeability range 

of millidarcies to hundreds darcies, which is unlikely to happen based on our 

permeability distribution obtained from SCP wells in Section 2.2.5. Thus the containment 

of 99% of stored CO2 for 1000 years is probably feasible even in regions with large areal 

density of existing wells.  

Another important leakage pathway of stored CO2 is faults and the damage zones 

surrounding them. Like leaky wellbores, little data are available regarding along-fault 

permeabilities. Importantly, upward migration of CO2 along a fault can be attenuated by 

permeable layers that intersect the fault if the capillary entry pressure is exceeded. We 

develop a simple leakage model and apply to the Mahogany Field, Trinidad (Chapter 3). 

The Mahogany Field is presumed representative of the geology of analogous structures 

that do not contain hydrocarbon, which would be candidates for sequestering CO2 in the 

region. A plausible range of fault properties is obtained using a shale gouge ratio (SGR) 

correlation from well log data. The estimated worst-case CO2 flux in post injection period 

using the fault permeability from SGR is slightly above background range, which is 

unlikely to be measurable on the surface. The fault permeability has the first order effect 

on the leakage flux. The flux along fault could be attenuated to zero by permeable layers 
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that intersect the fault. However the attenuation is temporary if the layers are sealed at the 

other end. 

If the CO2 plume encounters a leakage path and the risk of leakage is 

unacceptably large, a proper management of the injection process would help reduce the 

risk of leakage. Extraction of brine from the aquifer offers an advantage over standard 

storage procedure by greatly mitigating pressure elevation during CO2 injection. For 

example if the pressure is elevated by 100 psi in the standard approach, the leakage 

models developed in this work predict that we can reduce the risk in terms of leakage flux 

by several times if we reduce the elevated pressure down to 25 psi, using a managed 

brine-extraction/CO2 injection process. This offers a significant benefit in risk reduction 

(most of otherwise escaped CO2 would remain stored), which would have to be weighed 

against the incremental cost associated with the new storage schemes. To help assess the 

incremental cost, we provide strategies that optimize the injection of CO2 which involve 

extraction of brine in two scenarios, namely injecting dissolved CO2 (Chapter 5) and 

supercritical CO2 (Chapter 6). For surface dissolution case the optimization focuses on 

the bubble point contour (Section 5.2), while for supercritical CO2 injection the 

optimization focuses on breakthrough of CO2 at extractors (Section 6.1).  

In a surface dissolution process, the pressure field in the storage formation during 

injection period largely controls the design of the project. The shape of the CO2 

concentration front when it reaches the saturation pressure contour defines the maximum 

areal extent of CO2-saturated brine and hence the aquifer utilization efficiency. We 

illustrate the reduction of utilization efficiency due to heterogeneity in storage aquifer. 

We develop an optimal control strategy of the injection/extraction rates to improve the 

utilization efficiency for heterogeneous aquifers. Results on uncorrelated and correlated 

permeability fields show potential for significant improvements. We further provide an 
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optimal orientation of well pattern for correlated, oriented permeability fields. The 

combined strategy nearly compensates the reduction of aquifer utilization efficiency due 

to heterogeneity.  

In a supercritical CO2 injection that involves brine extraction, the problem of 

avoiding breakthrough of CO2 at extraction wells can be addressed by optimizing flow 

rates at each extractor and injector to delay breakthrough as long as possible. We use the 

Capacitance-Resistive Model (CRM) to conduct the optimization. CRM runs rapidly and 

requires no prior geologic model. Fitting the model to data recorded during early stages 

of injection characterizes the connectivities between injection and extraction wells. The 

fitted model parameters are used to optimize subsequent CO2 injection in the formation. 

A synthetic field illustration shows a significant improvement in CO2 storage efficiency. 

In summary, we have provided several new approaches to quantify and reduce the 

risk of leakage associated with CO2 storage. First, relatively simple models for concurrent 

pressure and temperature records are useful for interpreting AZMI measurements. It 

enables a more robust assessment of leakage occurrence. Second, simple leakage models 

that utilize reasonable estimates of leakage path permeabilities provide more reasonable 

quantification of CO2 fluxes. These models can be readily incorporated in monitoring or 

risk assessment frameworks. Last, if the risk associated with pressure elevation during 

injection computed from these models is judged to be too large, one solution involves 

management of CO2 injection coupled with brine extraction. The optimization strategies 

achieve this goal in both surface dissolution process and supercritical CO2 injection.  
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7.2  RECOMMENDATIONS FOR FUTURE WORK 

The estimation of CO2 fluxes along leaky wellbores using an SCP analogy in 

Chapter 2 provides useful insights for future work. A strong effort is to obtain a 

frequency distribution of effective permeability of leaky wellbores. This requires a 

database of wellbores that exhibit sustained casing pressure or casing vent flow. Such 

wellbore data have been collected in Checkai (2012) and ongoing effect towards this goal 

is under way. Furthermore, the distribution of wellbore permeability, together with an 

estimation of overpressure due to CO2 injection investigated by Oruganti (2010), enable 

estimating a frequency distribution of CO2 fluxes from leaky wellbores.  

The above-zone leakage model in Chapter 4 provides several future projects. 

Leakage of brine has addressed more attention in CO2 storage projects as brine extraction 

or circulation have proven to be very useful in achieving large scale CO2 injection. 

Above-zone monitoring is able to identify and quantify brine leakage using the pressure 

and temperature model in Chapter 4. As the CO2 plume arrives at the monitoring well in 

August 2010, field data have been collected and could be potentially used to model the 

CO2 leakage. It would be a straightforward extension from the model of brine leakage by 

incorporating CO2 properties. More importantly, this chapter leads to a question of how 

to remediate the leakage pathway if it happens. One approach is to inject polymer into the 

leakage zone. The polymer migrates along the pathway and extends when pressure and 

temperature change. This could possibly fix the leak. A modeling approach is required to 

describe the transport of polymer, estimate the effectiveness and optimize the injection 

strategy. The effective permeability of the pathway is estimated using the brine leakage 

model in Chapter 4. This transport model lays the basis for the model of polymer 

migration.  
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The discussion of optimization of surface dissolution process in Chapter 5 leads to 

a number of future projects. First, the optimization routine has the potential to be 

extended, for example, a dynamic rate control, or a full optimization which adjusts all 

design variables. A dynamic rate control introduces more variables and probably takes 

more simulation time, however it likely improves the optimization result by obtaining a 

better aquifer utilization efficiency. A full optimization requires incorporating other 

design variables into the routine. It helps minimizing the cost associated with the surface 

dissolution project. Second, an implication of the well pattern orientation is that 

hydraulically fracturing the injectors creates high permeability zone near the injectors and 

thus shifts the saturation pressure contour towards extractors. However if the fractures 

extend in the same direction towards extractors, early breakthrough will result and 

aquifer utilization efficiency will be negatively affected. Future work is desired to 

investigate the impact of the orientation of fractures and provide guidelines on utilizing 

hydraulic fracture techniques to improve aquifer utilization efficiency. Last but not least, 

the brine circulation in surface dissolution process is analogous to that in geothermal 

energy extraction from geothermal aquifers. A coupling between CO2 surface dissolution 

with geothermal circulation could achieve both goals simultaneously. However both 

processes have the concern of early breakthrough of injected brine. An optimization 

strategy to minimize the negative effect and improve both CO2 storage and geothermal 

energy efficiency would be very useful. Our current optimization routine for surface 

dissolution process provides useful insights for this project.  

The approach of Capacitance-Resistive Model in Chapter 6 to optimize CO2 

storage is conducted in a synthetic field case. The results are encouraging, while it would 

be worthwhile to prove its effectiveness in more examples. Field data would be valuable 

but rarely available for carbon sequestration. The goal that the optimization achieves is 
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essentially the same problem of avoiding gas recycling arises in miscible EOR. Field data 

of gas EOR are more readily available and thus can be used in CRM. 
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Appendix A: Derivation of SCP Model 

The schematic of SCP model is shown in Figure 2.3. The boundary and initial 

conditions are: 

Boundary conditions: 

(0, ) leakp t p . (A-1) 

( , ) 0q L t  . (A-2) 

Initial conditions: 

2 2 0( , )            0
0.003164

sc
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p z t p z L
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    . (A-3) 

( , ) 14.7 0.052 ( )                m c cp z t z L L z L     . (A-4) 

In time step n, the pressure at cement top is 

1 10.052n n n

m g m cp p L   . (A-5) 

and gas flow rate is 
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 From gas law, the increase of gas moles at each time step and accumulative moles 

at gas chamber can be respectively obtained as 
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Considering the expansion of gas and the compressibility of fluid, the following 

equations can be obtained 
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1 1( )n n n n
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and expansion of gas chamber is equal to the compression of mud column, therefore, 

n n

g mV V   . (A-11) 

Substituting Eq. (A-8) and (A-10) into Eq. (A-9), we obtain: 
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The root of Eq. (A-12) gives pg at n-th time step, 
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. (A-13) 

The algorithm to solve the SCP model is described here. At the beginning of each 

time step, using Eq. (A-5), pm is calculated according to the previous pg and keeps as 

constant. So the flow rate of each time step is also constant, according to the steady-state 

flow assumption (Eq. (A-6)). In one time step, gas exits from the cement top into the mud 

column and is assumed to immediately reach the gas chamber. Using the real gas law, the 
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surface pressure pg at the end of this time step can be obtained (Eq. (A-13)). Therefore, in 

a step-wise manner, pressures at cement top and at casing head as functions of time can 

be computed. 

 

Nomenclature  

2 2

1 2( )
4

A D D


  = area of annulus, 2L , sqft 

mc = mud compressibility, L 2t /m, 
1psi  

 D1 = outer diameter, L, ft 

 D2 = inner diameter, L, ft 

 Dleak = depth of gas-source formation, L, ft 

 keff  = cement permeability to gas, 2L , md 

cL = length of cement column, L, ft 

gL = length of gas chamber, L, ft 

mL = length of mud column, L, ft 

 n = moles 

mp = pressure at the top of cement, m/L 2t , psia 

leakp  = gas-source formation pressure, m/L 2t , psia  

gp  = pressure on surface (wellhead), m/L 2t , psia  

gq = flow rate at the top of the cement, SCF/D 

 R = gas constant 

 T = reservoir condition temperature, K 

wbT = average wellbore temperature, K 

whT = wellhead temperature, K 

mV = volume of mud column, 3L , cuft 
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gV = volume of gas chamber, 3L , cuft 

Z = gas-law deviation factor 

 z = distance from the gas-source formation, L, ft 

 = gas viscosity, m/Lt, cp 

m = density of mud in wellbore, m/ 3L , ppg 

t = time step, t, day 
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Appendix B: Driving Force of CO2 Leakage 

Assume that CO2 has established steady saturation along the leakage pathway. 

Further assume single phase of CO2 is flowing. Darcy’s law gives 

kA
q


   , (B-1) 

where  is the potential of CO2 phase, q is volumetric flow rate, k is permeability,  is 

viscosity of CO2, A is cross-sectional area.  

The potential gradient is 

p g z    , (B-2) 

where z is the depth. 

The potential equations for water and CO2 are 

w w wp gz   , (B-3) 

g g gp gz   , (B-4) 

where pg is the dynamic pressure of flowing CO2 and pw is the hydrostatic pressure.  

Their difference is the CO2 pressure above hydrostatic denoted by pah,  

ah g wp p p  . (B-5) 

For a static water column, water potential is a constant, and we take its value to be 

a reference water potential 0 (Figure B.1). The pressure of water at depth z is derived 

from Eq. (B-3) as:  

0w wp gz  . (B-6) 

Substitute Eq. (B-5) and (B-6) into Eq. (B-4): 
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0g ahgz p    , (B-7) 

where, 

w g     . (B-8) 

Hence the potential gradient of CO2 is given by (Figure B.2): 

( ) ( )g ahgz p    . (B-9) 

Case 1.  For buoyancy driven flow, we neglect the capillary pressure and thus the 

term (pah) is dropped out. Eq. (B-9) reduces to 

( )g gz   . (B-10) 

Case 2.  For the case that the pressure elevation exists in the CO2 plume during 

injection, the potential of CO2 is 

( ) ( )g ahgz p    . (B-11) 

At the bottom of the leakage pathway, ah elevp p   in Figure 2.12.  

 

 

  (a)    (b) 

Figure B.1: Potential profiles of (a) water (potential constant with depth) and (b) CO2 

(potential varies with depth). 
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  (a)    (b) 

Figure B.2: Pressure and potential profiles of CO2 flow driven by (a) buoyancy only (pg ~ 

pw), Eq. B-10 and (b) buoyancy augmented by pressure elevation due to 

injection (pg = pw + pah), Eq. B-11.  
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Appendix C: Simulation Files of Surface Dissolution Storage 

Below is the Eclipse 300 simulation deck file that was used in the base case CO2 

surface dissolution storage project.  

 
--------------------------------------------------- 

--------------------------------------------------- 

RUNSPEC 

--------------------------------------------------- 

--------------------------------------------------- 

 

-- Specify run title 

TITLE 

50x50x1 

 

-- Specifies the dimensions of the grid 

DIMENS 

 50 50 1 / 

 

-- Field units are to be used 

FIELD 

 

-- Indicates that the run contains oil water and gas 

OIL 

WATER 

GAS 

 

FULLIMP 

 

COMPS 

 2 / 

 

-- Specifies a start date 

START 

 1 JAN 2000 / 

 

-- Table dimensions 

-- NTSFUN :: Number of saturation tables entered in PROPS section 

-- NTPVT  :: Number of PVT tables entered in PROPS section 

-- NSSFUN :: The maximum number of saturation nodes in any 

saturation table. (See SGFN,SGOF etc. in the PROPS section.) 

TABDIMS 

 1* 1* 50 1*/ 

 

-- Well Dimension Data 
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-- Maximun number of wells in the model 

-- The maximum number of connections per well (that is the 

maximum number of grid blocks connected to any one well) 

-- The maximum number of groups in the model 

-- The maximum number of wells in any one group (or child groups 

in a group 

WELLDIMS 

 8 4 2 8 / 

 

-- Indicates that output files are formatted 

-- FMTOUT 

 

UNIFOUT 

UNIFIN 

 

--------------------------------------------------- 

--------------------------------------------------- 

GRID 

--------------------------------------------------- 

--------------------------------------------------- 

 

--Control output of the Grid Geometry file 

-- An extended .GRID file is produced containing: Inactive Cell 

Data, Non-neighbor connection data, etc 

GRIDFILE 

 2 / 

 

-- Request output of .INIT file (Mainly initial model before 

simulation starts) 

INIT 

 

-- Include Grid Geometry. Although is a cartesian grid, the 

formating is corner point 

--INCLUDE 

--ECLIPSEGRID.GRDECL /  

 

EQUALS 

      'DX'    40      / 

      'DY'    40      / 

      'PORO'  0.3       / 

 

      'DZ'    40       / 

      'TOPS'  10000      / 

/ 

 

-- Porosity 

--INCLUDE     

--PORO.GRDECL / 
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-- Permeability includes 

INCLUDE  

permx.dat / 

 

-- Set PERMY and PEMZ equal to PERMX 

COPY 

PERMX PERMY /  

PERMX PERMZ /  

/ 

 

MULTIPLY 

PERMZ 0.1 / 

/ 

 

--------------------------------------------------- 

--------------------------------------------------- 

PROPS 

--------------------------------------------------- 

--------------------------------------------------- 

 

EOS  

PR / 

 

PEDERSEN 

 

CNAMES 

 'CO2' 'H2O'  / 

TCRIT 

 304.12780 647.09440  / 

 

PCRIT 

 72.809000  217.754600  / 

 

ZCRIT 

 0.274139 0.229409   / 

 

MW 

 44.01 18.015  / 

 

OMEGAA 

.457235530 .457235530 / 

 

OMEGAB 

.077796074 .077796074 / 

 

ACF 

0.22394 0.344  / 
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BIC 

  -0.0576003  / 

 

ZMFVD 

-- depth  co2  h2o    

 10000   0.0 1         

 10050   0.0  1       /  

 

 

-- Temp in deg F 

RTEMP 

 209 / 

 

-- Water saturation functions 

SWOF 

--Sw           krw                krow      Pcow 

 0  0.0000 1  0 

0.05 0.0000 0.841584925 0 

0.1 0.0000 0.6858914 0 

0.15 0.0000 0.550356975 0 

0.2 0.0000 0.4336192 0 

0.25 0.0000 0.334315625 0 

0.3 0.0001 0.2510838 0 

0.35 0.0003 0.182561275 0 

0.4 0.0010 0.1273856 0 

0.45 0.0026 0.084194325 0 

0.5 0.0057 0.051625 0 

0.55 0.0110 0.028315175 0 

0.6 0.0199 0.0129024 0 

0.65 0.0337 0.011684575 0 

0.7 0.0546 0.0104  0 

0.75 0.0857 0.0099666 0 

0.8 0.1316 0.006608525 0 

0.85 0.1998 0.004024225 0 

0.9 0.3039 0.0029728 0 

0.95 0.4771 0.000421875 0 

1 1.0000 0.000  0 

/ 

SLGOF 

--Sl        krg       krog      Pcog 

 0 1.0000 0.0000  0 

0.05 1.0000 0.000421875 0 

0.1 1.0000 0.0029728 0 

0.15 1.0000 0.004024225 0 

0.2 1.0000 0.006608525 0 

0.25 0.8739 0.0099666 0 

0.3 0.7506 0.0104  0 
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0.35 0.6326 0.011684575 0 

0.4 0.5220 0.0129024 0 

0.45 0.4204 0.028315175 0 

0.5 0.3292 0.051625 0 

0.55 0.2493 0.084194325 0 

0.6 0.1812 0.1273856 0 

0.65 0.1251 0.182561275 0 

0.7 0.0808 0.2510838 0 

0.75 0.0476 0.334315625 0 

0.8 0.0245 0.4336192 0 

0.85 0.0101 0.550356975 0 

0.9 0.0028 0.6858914 0 

0.95 0.0003 0.841584925 0 

1 0.0000 1  0 

 

/ 

 

--Rock data 

 

ROCK 

 4330  0 / 

 

 

--------------------------------------------------- 

--------------------------------------------------- 

REGIONS 

--------------------------------------------------- 

--------------------------------------------------- 

 

 

--------------------------------------------------- 

--------------------------------------------------- 

SOLUTION 

--------------------------------------------------- 

--------------------------------------------------- 

 

-- Equilibration Data specification 

-- Datum Depth[ft], Pressure at Datum[psia], Depth of Oil Water 

Contact[ft] 

--EQUIL 

--8857. 5863.8 9020 / 

 

--INCLUDE 

--RESTART.GRDECL / 

 

-- Control on output from SOLUTION section 

-- Creates a restart file at step 0 

--RPTSOL 
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--RESTART=2 / 

 

--INCLUDE 

--C:\Research\ORAMA\works\member1\solution.dat/ 

 

EQUIL 

 10000 4330 10000 0 10000 0 1 1 0  / 

 

RPTRST 

 BASIC=5 FREQ=6 PRESSURE SGAS SWAT SOIL / 

 

RPTSOL 

 PRESSURE SGAS SWAT / 

 

 

--------------------------------------------------- 

--------------------------------------------------- 

SUMMARY   

RUNSUM     -- additional table in *.PRT file 

EXCEL 

 

FPR 

FGIR 

FGIT 

FGSAT 

FGIP 

FGPR 

FGPT 

 

WBHP 

/ 

WGIR 

/ 

WGIT 

/ 

WBP 

/ 

 

--------------------------------------------------- 

--------------------------------------------------- 

SCHEDULE 

--------------------------------------------------- 

--------------------------------------------------- 

 

-- Controls on output to the RESTART file 

--RPTRST 

--BASIC=2 FLOWS PRESSURE ALLPROPS /  
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RPTSCHED 

 FIP=1 PRESSURE SGAS SWAT BGAS XGAS / 

 

-- General Specification data for wells 

-- Well name 

-- Name of the group 

-- I-location of well head 

-- J-location of well head 

-- Reference depth for bottom hole pressure 

-- Preferred phase of the well 

-- Crossflow ability flag, connections acts as onw-way valves 

WELSPECS 

P1 ALL 45 10 1* LIQ   3* NO / 

P2 ALL 45 20 1* LIQ   3* NO / 

P3 ALL 45 30 1* LIQ   3* NO / 

P4 ALL 45 40 1* LIQ   3* NO / 

I1 ALL  5 10 1* GAS   3* NO / 

I2 ALL  5 20 1* GAS   3* NO / 

I3 ALL  5 30 1* GAS   3* NO / 

I4 ALL  5 40 1* GAS   3* NO / 

/ 

 

-- Well Completion specification data 

-- Well name 

-- I-location of connecting block 

-- J-location of connecting block 

-- K-location of upper connecting block in this set of data 

-- K-location of upper connecting block in this set of data 

-- Open/Shut flag (Default:OPEN) 

-- Blank 

-- Transmissibility factor for the connection 

(Default:Calculated) 

-- Wellbore diameter[ft] 

-- Effective Kh(permeability*thickness) 

-- Skin factor 

-- Blank 

-- Direction in which well penetrates gridblock 

COMPDAT 

P1 45 10 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

P2 45 20 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

P3 45 30 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

P4 45 40 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

I1  5 10 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

I2  5 20 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

I3  5 30 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

I4  5 40 1 1 1* 1* 1* 0.7 1* 1* 1* Z / 

/ 
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WELLSTRE 

 'SeqCO2' 0.03 0.97 / 

/ 

 

WINJGAS 

 'I1' STREAM 'SeqCO2' / 

 'I2' STREAM 'SeqCO2' / 

 'I3' STREAM 'SeqCO2' / 

 'I4' STREAM 'SeqCO2' / 

/ 

 

INCLUDE 

SCHEDULE.dat / 

 

--------------------------------------------------- 

 

END 

 

The included file SCHEDULE.dat is the schedule of injection and extraction rates 

of the wells. In base case, the rates are held equal, see below. In optimized cases, the file 

is updated frequently until an optimal solution is achieved.  
 

 

WCONPROD  

P1   OPEN   RESV   1*   1*   1*   1*   125   14.7 /  

P2   OPEN   RESV   1*   1*   1*   1*   125   14.7 /  

P3   OPEN   RESV   1*   1*   1*   1*   125   14.7 /  

P4   OPEN   RESV   1*   1*   1*   1*   125   14.7 /  

/  

  

WCONINJE  

I1   GAS   1*   RESV   1*   125   1*  /  

I2   GAS   1*   RESV   1*   125   1*  /  

I3   GAS   1*   RESV   1*   125   1*  /  

I4   GAS   1*   RESV   1*   125   1*  /  

/  

  

TSTEP  

5*1000 /  

/ 
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