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Abstract 

 

Compositional Reactive-Transport Modeling of Engineered 

Waterflooding 

 

Alireza Sanaei, Ph.D. 

The University of Texas at Austin, 2019 

 

Supervisor:  Kamy Sepehrnoori 

 

It is widely accepted that oil recovery during waterflooding can be improved by 

modifying the composition of the injected brine in a process known as low salinity/ 

engineered waterflooding. In recent years, several studies, ranging from laboratory 

corefloods to field trials, have shown the positive effect of engineered waterflooding on oil 

recovery; however, a few studies have shown no benefit gain from this approach. The 

inconsistency in responses is because the main mechanism underpinning this recovery 

method is not fully understood. Several mechanisms have been proposed as the dominant 

mechanism of engineered waterflooding. Although wettability alteration is believed to be 

the principal mechanism of engineered waterflooding, the main mechanism leading to 

wettability alteration is not yet agreed upon.  

In this research, we follow a systematic approach to develop a model that can be 

used to evaluate the efficiency of the engineered waterflooding process at different length-

scales. We hypothesize that wettability alteration, as a consequence of changes in surface 

charges at oil/brine and brine/rock interfaces, is the underlying mechanism of engineered 

waterflooding. We perform surface complexation modeling and contact angle calculation 
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to explain the mechanism of the process at small length-scales. We then implement the 

developed model into UTCOMP-IPhreeqc, a compositional reactive-transport simulator, 

developed at The University of Texas at Austin. We conduct coreflood history-matching 

on carbonate and sandstone cores to validate the model and interpret the underlying 

mechanism of the process. Finally, we employ the model to assess the applicability and 

efficiency of engineered waterflooding in field-scale scenarios. 

Most of the experimental and modeling studies performed in the area of engineered 

waterflooding neglect the effect of CO2 dissolution in the aqueous phase. However, the 

presence of CO2 in the reservoir can alter the geochemical equilibrium state and the 

performance of engineered waterflooding. To address this problem, we implement four-

phase flash equilibrium calculations into UTCOMP-IPhreeqc. We use the developed model 

to investigate the effect of CO2 dissolution in the aqueous phase on the performance of 

engineered waterflooding. To reduce the computational time of reactive-transport 

simulations, we implement the geochemical modules of UTCOMP-IPhreeqc into a parallel 

reservoir simulator framework. Moreover, we develop a new speedup scheme which can 

reduce the computational time of geochemical equilibrium calculations up to 80%. 

Carbonated Water Injection (CWI) is another promising enhanced oil recovery 

technique that takes advantage of both CO2 and water flooding processes. In this method, 

CO2 is added to the injected brine and transported in the reservoir by flood water. While 

there are several laboratory experiments reported on this process, simulation studies in this 

area are scarce. In this research, we use UTCOMP-IPhreeqc to understand the mechanisms 

of the CWI process and investigate the effect of carbonated brine injection on petrophysical 

properties of the reservoir. We verify the developed model against an analytical model and 

apply our simulation approach to match carbonate and sandstone corefloods. Finally, we 

design a synthetic field-scale case study and evaluate the efficiency of CWI on oil recovery. 
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Alkaline-Surfactant-Polymer (ASP) flooding is another EOR method that usually 

yields significant incremental oil recovery compared to waterflooding. One major concern 

for high pH ASP flooding is the possibility of inorganic scale formation near the wellbore 

and in the production facility. To address this problem, we perform batch and 1D single 

phase geochemical calculations to identify the possibility and extent of scale formation 

during ASP flooding. Moreover, we use UTCHEM-IPhreeqc, a coupled chemical flooding 

simulator and geochemical tool, and design a synthetic field-scale model to study scale 

formation due to ASP injection in a carbonate reservoir.  
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Chapter 1: Introduction 

This chapter first describes the problems that are addressed in this dissertation. The 

objectives of this research are also presented. The chapter concludes by a brief description 

of different chapters. 

1.1 PROBLEM DESCRIPTION  

Carbonate reservoirs are reported to contain a significant proportion of the world 

hydrocarbon proven reserves. Due to unfavorable nature of these reservoirs, usually very 

low recovery factors are observed in primary production. Hence, enhanced oil recovery 

(EOR) processes are used to increase production from these reservoirs in secondary or 

tertiary modes. Waterflooding as a secondary oil recovery method is still the most 

commonly used technique for fluid injection since 1865. Several experimental and pilot 

studies have indicated that tuning of the ions of the injected water can improve 

waterflooding performance. This process is known as low salinity waterflooding and is 

also referred to as Engineered Waterflooding (EWF) (Al-Shalabi and Sepehrnoori, 2017); 

Advanced Ion Management (AIMSM) by ExxonMobil (Gupta et al., 2011; Vo et al., 2012); 

Ion Tuning (Xie et al., 2015; Xu et al., 2016); Designer WaterTM by Shell (Ayirala et al., 

2010; Cense et al., 2011); LoSalTM by BP (Lager et al., 2008a; 2008b; Jerauld et al., 2008; 

Seccombe et al., 2010); Smart WaterFlood by Saudi Aramco (Yousef et al. 2010; 2011; 

2012); Modified Salinity Flooding (Zekri et al., 2011; Korrani, 2014); Controlled Salinity 

Waterflooding (CSW) (Jackson et al., 2016). Throughout this dissertation, we refer to this 

process as engineered waterflooding or low salinity waterflooding. 

Several mechanisms have been proposed in the literature for EWF. These 

mechanisms are either inferred/postulated from indirect measurements or directly observed 
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from sub-pore scale and coreflooding experiments. The main proposed mechanisms are the 

following: fines migration (Tang and Morrow, 1999; Zahid et al. 2012; Winoto et al. 2012; 

Yi and Sarma, 2012; Pu et al. 2008; 2010; Lebedeva et al. 2009); pH change effect (Meng 

et al. 2015; Alotaibi and Nasr-El-Din, 2009; Okasha and Alshiwaish, 2009); 

multicomponent ion exchange (Ligthelm et al., 2009; Starand et al., 2008; Austad et al., 

2005; 2007; 2011; Zhang et al., 2007; Puntervold, 2008; Myint and Firoozabadi, 2015); 

surface charge change and double layer expansion (Mahani et al. 2015, 2017a; Fathi et al. 

2010, 2011; Shariatpanahi et al., 2011; Alameri et al., 2014; Aladsani, 2012; Al-Shalabi et 

al. 2014; Al-Shalabi and Sepehrnoori 2017, Sandengen et al. 2016; Sohal et al. 2016; 

Sanaei and Sepehrnoori, 2018; Mehna, 2019; Mansi et al., 2019; Sanaei et al., 2019a), 

mineral dissolution (Vo et al., 2012; Zahid et al., 2012; Gupta et al., 2011; Korrani et al., 

2015); formation of micro-dispersions (Emadi and Sohrabi, 2013; Mahzari and Sohrabi, 

2014; Sohrabi et al. 2017); variations in interface viscoelasticity (Alvarado et al., 2014; 

2015; Chavez-Miyauchi et al., 2016; Garcia-Olvera and Alvarado, 2017); and osmosis 

effect (Morrow and Buckley, 2011; Ellila, 2012; Sandengen et al. 2016; Fredriksen et al. 

2017; Afekere et al. 2017). Among all these proposed mechanisms, wettability alteration 

is believed to be the underlying mechanism of engineered waterflooding in both carbonate 

and sandstone rocks. However, the mechanism leading to wettability alteration is not yet 

agreed upon.  

A predictive model is required to capture the underlying mechanisms of wettability 

alteration in engineered waterflooding. Several researchers have proposed different models 

for low salinity water injection, depending on the rock type and different proposed 

mechanisms of low salinity water injection. Early models of low salinity water injection 

are simplistic and lack comprehensive geochemical calculations. On the other hand, several 

other models use interpolating technique to model wettability alteration. In these models, 
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depending on the defined mechanism and rock type, an interpolating parameter is defined 

and modeled. Although these models are mechanistic and usually rely on comprehensive 

geochemical calculations, they are developed based on core-scale experimental 

observations and are case-dependent.  

Most of the experimental and modeling studies performed in the area of low salinity 

waterflooding neglect the effect of CO2 dissolution in the aqueous phase. However, the 

presence of CO2 in the reservoir can alter the geochemical equilibrium state and the 

performance of engineered waterflooding. It has been shown that CO2 dissolution in water 

affects the recovery performance of a reservoir at high water saturations, e.g. for water-

flooded reservoirs or CO2 flooded or Water-Alternate-Gas (WAG) processes (Yan and 

Stenby, 2009; 2010; Enick and Klara, 1992). Korrani (2014) investigated the effect of CO2 

dissolution in water and its effect on performance of engineered waterflooding using 

Henry’s Law and water-free flash calculation. The results indicated that when the CO2 

effect is excluded during low salinity water injection, incremental oil recovery is 

overestimated. However, the applicability of Henry’s law is limited to dilute aqueous 

systems and cases where the solvent does not chemically interact with the dissolved gas 

(Smith and Harvey, 2007). Hence, application of Henry’s law for modeling hydrocarbon 

dissolution in the aqueous phase during engineered waterflooding should be investigated. 

CO2 injection can significantly improve oil recovery, but this process is usually 

affected by poor sweep efficiency because of unfavorable mobility contrast between the 

injected CO2 and the oil. To alleviate this problem, CO2 is added to the injected brine and 

transported in the reservoir by flood water. Hence, Carbonated Water Injection (CWI) takes 

advantage of both CO2 and water flooding processes (Hickok et al., 1960; 1962; Holm, 

1963; Hickok et al., 1962; Sayegh et al. 1990; Dong et al., 2011; Riazi et al. 2009; Sohrabi 

et al., 2008; 2011; 2012; Kechut et al., 2011; Derakhshanfar et al., 2012;  Mat Ali et al., 



 4 

2015; Seyyedi et al. 2015; AlZayer et al., 2019; Sanaei et al., 2019b). Furthermore, 

geochemical reactions between the injected carbonated brine and rock can alter 

petrophysical properties of the reservoir and affect final oil recovery. While there are 

several CWI coreflood experiments reported in the literature, simulation studies for this 

process are scarce. 

1.2 RESEARCH OBJECTIVES  

In this dissertation, we hypothesize that wettability alteration, as a consequence of 

changes in surface charges at oil/brine and brine/rock interfaces, is the underlying 

mechanism of engineered waterflooding. Our primary objective is to develop a mechanistic 

model that captures the mechanisms of engineered waterflooding at small length-scales 

and predict its performance in field-scale scenarios. To achieve this goal, we develop a 

wettability alteration model, based on the surface complexation reaction and contact angle 

calculation, and apply it to different length-scale models. The model is implemented in 

UTCOMP-IPhreeqc, a compositional reactive-transport simulator developed at The 

University of Texas at Austin. At each step of the model development, the results of zeta 

potential and contact angle measurements, and corefloods are compared with experimental 

data to validate the model. Finally, the model is used to assess the performance of 

engineered waterflooding in field-scale cases.  

Our next objective is to study the effect of hydrocarbon component dissolution in 

the aqueous phase on aqueous/rock geochemistry using four-phase flash calculation. We 

implement the four-phase flash equilibrium calculations within the framework of 

Mohebbinia (2013)’s algorithm into UTCOMP-IPhreeqc. Implementing four-phase flash 

calculation algorithm into UTCOMP-IPhreeqc enables us to directly calculate the amount 

of hydrocarbon and water components in the aqueous phase. We use the developed 
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algorithm to model engineered waterflooding process using four-phase flash calculation 

and compare the results with Henry’s law procedure.  

Our next objective is to understand the mechanisms of the CWI process and 

investigate the effect of carbonated brine injection on petrophysical properties of the 

reservoir. We use UTCOMP-IPhreeqc and consider the impact of CO2 mass transfer 

between brine and hydrocarbon phases based on thermodynamic constraints at the reservoir 

condition. We verify the developed model against an analytical model. We further validate 

our simulation approach by comparing the results of CWI simulations with recently 

published corerefloods on sandstone and carbonate rocks. Finally, we design a synthetic 

field case and evaluate the efficiency of CWI on oil recovery. 

Another goal of this research is to perform high performance computing and 

develop a new speedup scheme to reduce computational time of reactive-transport 

simulations. To achieve this goal, we implement geochemical modules of UTCOMP-

IPhreeqc into a parallel reservoir simulator framework. Moreover, we define a criterion 

based on the change of concentration of geochemical elements in two consecutive 

timesteps to reduce the number of calls to geochemical modules and consequently reduce 

the run time. 

1.3 BRIEF DESCRIPTION OF CHAPTERS 

In Chapter 2, we first present a comprehensive review of experimental, field, and 

modeling studies of low salinity waterflooding at different length-scales. In the second 

section of this chapter, we present mathematical formulation of UTCOMP-IPhreeqc, 

describe the developed model and its implementation in the integrated simulator. Model 

validation at different length-scales, coreflood history matching, and field-scale studies are 

presented in the rest of this chapter. 
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In Chapter 3, background and motivation of four-phase flash calculation and its 

importance in geochemical calculations are presented. The chapter is followed by a 

presentation of the four-phase flash calculation and its implementation in UTCOMP-

IPhreeqc. The iteration loop between UTCOMP flash calculation and IPhreeqc is also 

presented. Finally, case studies are presented to compare the predictions of modified 

equation of state (EOS) vs. those obtained using Henry’s law.  

Chapter 4 provides a background of the carbonated water injection (CWI) process 

followed by reviews of coreflood, field, and numerical studies of the process. Model 

development followed by verification and validation of the developed model is also 

presented. Furthermore, the effect of CWI on rock properties and wettability state of the 

system are comprehensively studied. 

In the first section of Chapter 5, background and motivation of the parallelization 

and necessity for computational time improvements are discussed. The chapter is followed 

by a presentation of methods used to implement geochemical modules in the parallel 

reservoir simulator framework. Also, the new speedup scheme is presented. Several case 

studies are presented to verify and evaluate efficiency of the presented approaches.  

Chapter 6 investigates the application of reactive-transport simulation for the 

following processes: Scale formation during Alkaline Surfactant Polymer (ASP) injection; 

Clay swelling in unconventional reservoirs; and Scale formation during hydraulic 

fracturing fluid injection. Chapter 7 summarizes the conclusions of this research and 

presents several recommendations for future research.  

Appendix A provides detailed calculation flowchart of UTCOMP-IPhreeqc, 

considering the implemented four-phase flash calculations. Appendix B provides a sample 

input file of UTCOMP-IPhreeqc when water is included in phase behavior flash 
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calculations. Appendix C briefly describes geochemical models for ion sorption on clay 

particles. Appendix D details calculation of the interlayer water in clays.  
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Chapter 2:  Multi-Scale Modeling of Engineered Waterflooding1 

The goal of this chapter is to develop a mechanistic model to capture the mechanism 

of engineered waterflooding at different length-scales. The first part of this chapter presents 

a comprehensive review of the experiments and the numerical modeling studies performed 

at different length-scales. The focus of the literature review is on carbonate rocks; attributes 

of engineered waterflooding in sandstones will be discussed, however. We further present 

proposed underlying mechanisms of engineered waterflooding according to the studies 

presented. In the second section of this chapter, we present mathematical formulation of 

UTCOMP-IPhreeqc, describe the model development and its implementation in the 

integrated simulator. Model validation at different length-scales, coreflood history 

matching, and field-scale studies are presented in the rest of the chapter. 

2.1 LITERATURE REVIEW 

Systematic investigation of engineered waterflooding (EWF) process requires 

knowledge of subsurface processes at different length-scales. In other words, to understand 

the mechanism of this process, water chemistry, oil composition, mineralogy, and porous 

structure need to be analyzed at nano- and micro-length scales. Then the mechanisms can 

be tested using coreflooding or imbibition lab experiments. Observed mechanisms and 

results can further be examined at macro-scale level using reservoir simulation, log–inject–

                                                 
1 Some parts of Chapter 2 are published in the following citation: 

 

Sanaei, A., Tavassoli, S., and Sepehrnoori, K. 2019. Investigation of Modified Water Chemistry for Improved 

Oil Recovery: Application of DLVO Theory and Surface Complexation Model. Coll Surf A. 574: 131-

145. https://doi.org/10.1016/j.colsurfa.2019.04.075. 

 

Below briefly describes the nature of coauthors contribution: 

 

- Kamy Sepehrnoori: The idea of the development of an integrated engineered waterflooding model, 

technical support, and revising the manuscript. 

- Shayan Tavassoli: Assisting with the coreflood history-matching and revising the manuscript. 

https://doi.org/10.1016/j.colsurfa.2019.04.075
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log tests, single well chemical tracer tests (SWCT), and pilot/field implementations. Figure 

2-1 shows different experimental and modeling approaches that are used at nano-, micro- 

and macro-scales to investigate mechanisms and efficiency of EWF.  

 

 

Figure 2-1: Illustration of experimental and modeling investigation techniques of 

engineered waterflooding at different length-scales. 

At nanoscale, Atomic Force Microscopy (AFM) and electrokinetic studies such as 

zeta potential measurements are used to study this process. AFM is usually used to measure 

surface charges and surface forces, Debye interaction, adhesion of oil components, and 

hydrophobic interactions. Zeta potential measurements are commonly used to investigate 

oil/brine and brine/rock surface interactions, double-layer expansion, and electrokinetic 

effects. At micrometer scales, micro modelling experiments can be used to study oil/brine 
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interactions, contact angle measurements, fluid flow in porous media, and fines migration. 

These nano- and microscale experiments are more useful in understanding the underlying 

mechanism of EWF. In larger-scale experiments, corefloods and imbibition lab 

experiments are performed to investigate rock/fluid interactions, fluid/fluid interactions, 

and wettability alteration. Fines migration and subsequent permeability change, recovery 

efficiency, relative permeability, and saturation changes can be controlled and investigated 

in these core-scale studies.  

The outcome and understanding of the experimental studies can be further used in 

reservoir simulation scenarios. Nano- and microscale simulations such as surface 

complexation modeling (SCM) and contact angle calculation can be used to enhance 

understanding of nano- and microscale processes. On the other hand, reactive-transport 

simulation studies can be used to assess wettability alteration, permeability change, and 

recovery efficiency during core- and pilot-scale simulations. Large-scale reservoir 

simulation studies can be used for designing field implementations and optimization of the 

process. Therefore, understanding of the mechanisms are gained through nano- and 

microscale studies and used in core-flooding experiments and simulations which ultimately 

helps field development planning through reservoir simulation studies. 

Below, we first present important investigations and findings of EWF by various 

researchers at different length scales. Then we present a review of available developed 

static and dynamic models in the literature.  

2.1.1 Nano- and Microscale Experiments 

2.1.1.1 Atomic Force Microscopy (AFM) 

Atomic force microscopy (AFM) is a direct measure of adhesive forces between a 

substrate and a probe, immersed in a medium. The adhesive forces between two surfaces 
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are impacted by the properties of the system components and contact geometry. AFM 

provides valuable information such as hardness, elasticity, surface energy and surface 

charge densities. In this method, a tip is mounted on a fine cantilever and scans the surface 

of the sample to generate force curves.  

Several AFM force measurements have been performed in electrolyte solutions 

using mica or silica substrates due to their fine surface roughness (Ducker et al., 1991; 

Vigil et al., 1994; Toikka and Hayes, 1997; Liu and Masliyah, 2003; Lebedeva et al., 2009; 

Seiedi et al., 2010; Zargari et al., 2010). The presence of complex surface chemistry and 

structure complicates this method when determining the surface forces and geometry at a 

nanometer scale (Derkani et al. 2018). Hence, measurements using this technique on calcite 

and dolomite substrates are limited due to their heterogeneity and rough surfaces.   

Karoussi and Hamouda (2008) investigated the effect of magnesium and sulfate 

ions on wettability alteration of modified (oil-wet) calcite surfaces. Measured adhesion 

force shown to be reduced by addition of MgSO4. Sauerer et al. (2016) used AFM adhesion 

force measurements to calculate the surface free energy of calcite and dolomite samples 

and predict the wettability state of these minerals. They measured adhesion forces in the 

presence of organic solvents and air between the installed calcite and dolomite particles on 

the AFM tip and the planar calcite and dolomite samples. They observed a reduction in 

adhesion forces in the presence of polar and non-polar solvents compared to same systems 

in air.  

Generosi et al. (2016) used AFM in chemical force mapping mode to measure the 

adhesion force between a hydrophobic AFM tip and a fresh calcite surface. They studied 

the wettability change in presence of magnesium and sulfate ions at 75 and 80 ̊C. The 

results of the measurement indicated that the adhesion force between the AFM tip and 

calcite surface decreases when both Mg+2 and SO4
-2 are present in the system. Moreover, 
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they showed that replacing MgSO4 with NaCl, at the same ionic strength, increased the 

adhesion force, indicating reversibility of the process. 

Chandrasekhar (2017) used AFM technique to study the interaction organic acid 

with calcite in presence of different brine solutions. He investigated the effect of ionic 

strength, pH, pCa, pMg on the measured equilibrium adhesion force and surface activity. 

It was found that calcite wettability is controlled by both dissolution and ion-exchange 

mechanisms. Moreover, the highest adhesion forces were observed in formation brine and 

the presence of divalent ions increased the adhesion force. Also, it was shown that 

increasing the pH up to 10 and enriching seawater with sulfate ion reduced the adhesion 

forces and altered the wettability of the system. 

2.1.1.2 Zeta potential 

Zeta potential measurements have been extensively used in the literature to 

investigate the stability of water film and, thus, the wettability state of the system. 

Wettability of a rock is a function of the sign and magnitude of the electric surface charges 

at the two interfaces, which arises from the electrostatic interactions at the oil/brine and 

brine/rock interfaces. Zeta potential shows the electrokinetic properties of a particle, while 

the magnitude shows the stability of the colloidal system. Expansion of the Electrical 

Double Layer (EDL) at oil/brine and brine/rock interfaces causes an increase in 

electrostatic repulsion between the two interfaces, which results in a thick and stable film, 

and a more water-wet rock surface. On the other hand, reduction of the EDL at these 

interfaces results in electrostatic attraction of the interface and, thus, a thin and unstable 

water film. This ultimately results in a more oil-wet surface. Moreover, the sign and 

magnitude of the zeta potential at both interfaces is a function of the type and concentration 

of ions, pH, temperature, rock mineralogy, and oil properties (e.g. acid/base number).  
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Several zeta potential measurements have been conducted on calcite as the main 

constituent of carbonate rocks (Thompson and Pownell, 1989; Zhang and Austad, 2006; 

Strand et al., 2006; Zhang et al., 2006, 2007; Rezaei Gomari et al., 2006; Alroudhan et al., 

2016; Monfared et al., 2015; Al Mahrouqi et al., 2017). Most of these studies measure zeta 

potential as a function of solution pH. Also, most of these measurements on calcite are 

performed at pH above seven to prevent calcite dissolution.  

Thompson and Pownel (1989) dispersed synthetic calcite in 0.005 M NaCl at 

temperature of 25 ̊C and adjusted the pH by adding NaOH. They observed that the zeta 

potential of synthetic calcite becomes increasingly negative with increasing solution pH. 

Nystrom et al. (2001) measured the zeta potential of calcite surfaces as function of 

monovalent and divalent cations over a range of pH. The results of their study indicated 

that zeta potential behavior is different by increasing Na+ concentration compared to 

increasing the concentrations of divalent cations. However, divalent cations (Ba+2 and 

Mg+2) showed similar behavior by increasing the zeta potential (more positive) with 

increasing their concentrations.  

The effect of potential determining ions (PDI) on calcite zeta potential was 

investigated by Zhang and Austad (2006) and Zhang et al. (2007). Zhang and Austad 

(2006) measured the zeta potential of 4 wt% powdered Steven Klint chalk cores in contact 

with 0.573 M NaCl when MgCl2 or Na2SO4 was added to the solution. Zhang et al. (2007) 

performed similar experiments by adding CaCl2 to the electrolyte solution. The solution 

pH was kept constant at 8.4 and experiments were conducted at room temperature. It was 

observed that the potential charge on calcite surface increases by the gradual increase in 

Ca+2 and Mg+2 concentration and decreases by increasing SO4
-2 concentration.  

Zhang et al. (2006) performed similar experiments and showed that magnesium 

ions can substitute calcium ions from the chalk surfaces at high temperature to increase the 
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positive surface charge density. Strand et al. (2006) conducted imbibition experiments to 

investigate the effect of Ca+2 and SO4
-2 on zeta potential of milk chalk in NaCl brine 

solutions. The results of their study showed the dependency of surface charge on relative 

concentration of these two divalent ions.  

Mahani et al. (2015; 2017a), comprehensively studied the effect of water chemistry 

on zeta potential of different carbonate rocks such as calcite, limestone, chalk, and dolomite 

surfaces. They observed high zeta potentials for high salinity formation brines and low zeta 

potentials for diluted low salinity brines. Also, they observed a reduction in brine/rock zeta 

potential by adding sulfate ions to the brine regardless of rock type. Mahani et al. (2017b) 

investigated the effect of temperature in the range of 25-70 ̊C on zeta potential 

measurements of carbonate rock surfaces. They observed that for both oil/brine and 

brine/rock interfaces, increasing temperatures shift the magnitude of zeta potential toward 

zero point of charge. Also, they indicated that regardless of change in zeta potential 

magnitude, the temperature does not affect the trends of zeta potential as a function of pH 

and brine salinity.  

Rodrigues and Araujo (2006), similarly, indicated an increase in negative 

magnitude of zeta potential as pressure and temperature increase. Rezaei Gomari et al. 

(2006a,b) showed a shift in zeta potential of calcite surfaces from positive to negative as 

carboxylic acid materials adsorb on the rock surface. They also demonstrated that addition 

of sulfate and magnesium ions displaces the pre-adsorbed carboxylic acids, leaving a 

positively charged calcite surface. Alotaibi et al. (2011)’s experiments showed that 

addition of ions, which cause positive carbonate surface charges, change the wettability of 

limestone and dolomite surfaces toward a more oil-wet surface. However, changing water 

chemistry and making the carbonate surface negatively charged leads to an increase in oil 

recovery by releasing trapped crude oil molecules. Similar observations were made by 
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Alroudhan et al. (2016). Kasha et al. (2015) investigated the effect of PDIs on zeta 

potentials of calcite and dolomite surfaces aged with stearic acid. They showed that the 

zeta potential of aged calcite increases from negative to positive by adding Ca+2 and Mg+2. 

However, zeta potential became more negative by adding sulfate. 

Jackson et al. (2016) carried out zeta potential measurements of oil/brine and 

brine/rock interfaces using limestone rocks and different crude oils with various acid/base 

numbers. They investigated the effect of different ions (Na+, Mg+2, Ca+2, SO4
-2) on 

wettability alteration and oil recovery. They found that to design an optimum brine for 

engineered waterflooding in carbonates, zeta potential of both oil/brine and brine/rock 

interfaces should be taken into account. They suggested that successful low salinity effect 

(LSE) is observed if the change in water chemistry yields similar surface charges at both 

oil/brine and brine/rock interfaces. This results in repulsive electrostatic forces and a more 

water-wet surface. 

Yang et al. (2015) investigated wettability alteration during low salinity water 

flooding of Berea sandstone by conducting both zeta potential and contact angle 

measurements. The zeta potential measurements showed that reducing concentration of 

either CaCl2 or NaCl makes oil/brine and brine/rock interfaces more negatively charges. 

They also indicated that the reduction in zeta potential of both surfaces results in 

electrostatic repulsive forces between oil/brine and brine/rock interfaces. 

Jaafar et al. (2009) and Vinogradov et al. (2010), in similar studies, measured zeta 

potentials of quartz samples and demonstrated an increase in zeta potential as the NaCl 

concentration of the brine increases. They found that the zeta potential becomes constant 

when NaCl concentration goes beyond 0.4 M. Alotaibi et al. (2010) and Nasralla and Nasr-

El-Din (2011) measured zeta potential of brine/rock interfaces of sandstone rocks with 

different mineralogy and clay contents. They observed a decrease in zeta potential with a 
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decrease in brine salinity. Moreover, they showed that divalent cations have more influence 

on zeta potential compared to monovalent cations at the same concentration. Divalent 

cations showed lower zeta potentials compared to monovalent cations. 

2.1.1.3 Contact Angle  

Contact angle is a quantitative measure of the wettability state of a system. In this 

method, contact angle between a homogeneous solid surface and the liquid/liquid interface 

is measured. In an oil/brine/rock system, the wettability is considered water-wet if the 

contact angle (ϴ) is between 0̊ to 75̊, oil-wet when 115̊< ϴ<180̊, and intermediate/neutral-

wet if 75̊< ϴ<115̊ (Anderson, 1986). 

Yousef et al. (2011) measured contact angle of carbonate rock samples with live 

oil, and brines with different salinities at reservoir condition. The following brine solutions 

were used to conduct the measurements: field connate water, seawater, twice-diluted 

seawater, 10-times-diluted seawater, 20-times-diluted seawater, and 100-times-diluted 

seawater. The contact angle measurements were repeated three times with new rock 

samples with the same mineralogy. Figure 2-2 shows the measurement results for the three 

conducted experiments. It is demonstrated that regular seawater changes the rock 

wettability toward a more water-wet state. Moreover, diluting the seawater can further 

reduce the contact angle toward a more water-wet system. Also, less wettability alteration 

was observed for 20-times diluted and 100-times-diluted seawater brines. 
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Figure 2-2: Contact angle measurements of Yousef et al. (2011) on carbonate rock samples 

using live oil, and different brine solutions. Figure reproduced from Yousef 

et al. (2011).  

Abdallah and Gmira (2013) conducted contact angle measurements on calcite 

crystals aged with crude oil to investigate the effect of PDIs on wettability alteration. The 

results of their study showed a decrease in contact angle as sulfate was added to the brine. 

They also showed that this effect is pronounced in the presence of Mg+2. Awolayo et al. 

(2014) restored the wettability of carbonate rocks to initial oil-wet rock using crude oils of 

the reservoir at temperature of 95 ̊C. Then they studied the effect of various brine 

compositions on wettability alteration of carbonate rocks. The results of their study also 

confirmed wettability alteration from strongly oil-wet to weakly oil-wet when sulfate is 

added to the solution. They attributed this behavior to thicker and more stable water film 

in presence of SO4
-2. Hamouda and Rezaei Gomari (2006) studied the effect of temperature 

on wettability alteration of calcite surface by conducting advancing contact angle 
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measurements. They indicated that as temperature increases calcite surfaces shifts from 

strongly oil-wet to more water-wet.  

Kafili Kasmaei and Rao (2015) conducted advancing contact angle measurements 

on aged dolomite surfaces. They investigated the effect of temperature and brine 

composition of contact angle and wettability alteration of these rock surfaces. The results 

of measured contact angles demonstrated a significant effect of temperature on wettability 

alteration and contact angle reduction. Also, adding sulfate and 50-times diluted brine 

resulted in contact angle to shift from 157̊ to 86̊  at elevated temperatures. 

Mahani et al. (2017b) carried out contact angle measurements on two limestone 

and a dolomite rock sample from two different Middle Eastern reservoirs.  The experiments 

were conducted at different temperatures of 25, 80, and 100 ̊C with different brine 

solutions. It was shown that rock surfaces become less oil-wet using low salinity brines at 

elevated temperatures for carbonate rocks. However, the degree of water-wetness depends 

on the rock type. For instance, a limestone sample showed similar response to low salinity 

water at low and high temperatures. However, the wettability of dolomite sample remained 

unchanged at low temperature. At elevated temperature (80 ̊C), the wettability of the 

dolomite sample considerably changed toward a more water-wet state. The effect of 

temperature on low salinity effect (LSE) on contact angle is demonstrated in Figure 2-3. 

This figure indicates the results of contact angle measurements for a limestone sample at 

ambient and elevated temperature when low salinity water (seawater) is exposed to the 

system. At ambient temperature, minor change in contact angle is observed by switching 

to seawater from formation water. On the other hand, a significant change in contact angle 

is observed at 100 ̊C.  
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 Figure 2-3: (Top) Contact angle measurements for a limestone sample at ambient and 

elevated temperature when low salinity water (seawater) is exposed to the 

system. (Bottom) Oil-droplet images for each temperature at the start of 

exposure to SW (after equilibration with FW) and the end of exposure period 

in SW. Reproduced with permission from Mahani et al. (2017b), Energy 

Fuels; published by American Chemical Society. 

2.1.2 Core-scale Experiments 

2.1.2.1 Carbonate Experiments 

The typical low salinity water injection scenario in carbonates is to alternate 

formation water (FW) with seawater (SW) or to dilute FW or SW. Several studies have 

indicated beneficial effects of FW or SW dilution with up to 30% incremental oil recovery 
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(Bagci et al., 2001; Shariatpanahi et al., 2010; Pu et al., 2010; Yousef et al., 2011; 

Romanuka et al., 2012; Fernø et al., 2011; Awolayo et al., 2014; Zahid et al., 2012; 

Alameri et al., 2014; Nasralla et al., 2014). Bagci et al. (2001) performed low salinity water 

injection on limestone cores and reported incremental oil recovery of 35% using 2 wt% 

KCl injection. They claimed this high incremental oil recovery as a result of wettability 

alteration due to ion exchange reactions with present clays. Al-Attar et al. (2013a; 2013b) 

conducted low salinity water injection experiments on five carbonate core samples taken 

from Bu Hasa field in Abu Dhabi using seawater and two field injection waters. They also 

performed IFT, contact angle, and pH measurements at ambient pressure to assess the 

efficiency of the process prior to coreflooding. Their results show that reducing the salinity 

of water from 197,357 to 5,000 ppm enhances the oil recovery from 63 to 84.5%.  

Al-Harrasi et al. (2012) conducted spontaneous imbibition and coreflooding low 

salinity water injection on carbonate reservoir cores. The experiments were performed at 

70 ̊C using core samples from a carbonate reservoir with synthetic brines with salinity of 

194,450 ppm. The spontaneous imbibition experiments revealed that substituting 

formation water with low salinity brine increased oil recovery by a minimum of 10% OOIP. 

It was also shown that even using two-times diluted brines with high salinity of 97,000 

ppm significantly improved oil recovery. Shariatpanahi et al. (2011) observed 13% 

incremental oil recovery upon 30-fold dilution on limestone cores with anhydrite.  

Yousef et al. (2011), in a well-known paper investigated the application of low 

salinity waterflooding on enhanced oil recovery from carbonate cores by injecting seawater 

at different dilutions of seawater.  The results of their experiments showed a stepwise 

increase in oil recovery with different levels of seawater dilution. Figure 2-4 shows the 

results of this experiment which indicates 18% incremental oil recovery after tertiary low 
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salinity water injection. The results of observed incremental oil recoveries are in line with 

the measured contact angle reductions as was presented in Figure 2-2.  

 

 

Figure 2-4: Oil recovery curves of coreflood experiments performed by Yousef et al. 

(2011). Reproduced from Yousef et al. (2011). 

Sharifi and Shaikh (2013) showed that 3.5-fold water dilution in limestone cores 

increased oil recovery by 12-18%. Nasralla et al. (2014) carried out low salinity water 

injection on limestone cores without anhydrite. They indicated that lowering the salinity 

by a factor of 5, improved recovery by 3-4% OOIP. Also, no more oil was recovered upon 

further dilution. 

As we pointed out, some researchers have observed the increase in oil recovery 

when the injected water is simply diluted. Nevertheless, in several coreflood and imbibition 

experiments, improved oil recovery did not occur by injecting diluted FW or SW. Zahid et 
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al. (2014) did not observe incremental oil recovery upon injecting diluted brine from 

Aalborg chalk outcrop cores. They concluded that not all carbonate rocks respond to LSE 

by dilution. Pu et al. (2010)’s imbibition and coreflooding experiments on anhydrite 

contained dolomite cores showed a 5-8.1% incremental oil recovery by 20-times brine 

dilution at 60 ̊C. However, injecting 10-times-diluted brine, in a core from the same 

formation, did not increase oil recovery at 45 ̊C.  Furthermore, Hognesen et al. (2005)’s 

experimental results revealed that brines with different ion composition and the same 

salinity can have different oil recoveries. Al-Harrasi et al. (2012) also concluded that a low 

salinity water is not necessarily required to see LSE. They observed incremental oil 

recoveries by injecting waters with salinities as high as 97,000 ppm. Gupta et al. (2011)’s 

experiments also indicated that even higher salinity water injections can improve oil 

recovery, once the injected brine approporiately designed. 

Hognesen et al. (2005) conducted imbibition experiments on reservoir limestone 

cores and indicated that increasing sulfate concentration at high temperature leads to 

incremental oil recovery. They reported that the ratio of relative concentration of Ca+2 to 

the SO4
-2 concentration is an important factor in the success of low salinity waterflooding. 

Fathi et al. (2012) reported 20% increase in oil recovery by increasing sulfate concentration 

of the imbibing fluid for chalk cores. Al-Attar et al. (2013a) similarly reported that 

increasing sulfate concentration by 4 times, can increase oil recovery up to 25%. Awalayo 

et al. (2014) conducted coreflood experiments on anhydrite-free limestones and showed 

that both dilution and sulfate enrichment improved oil recovery. However, there is an upper 

limit beyond which sulfate has detrimental effect on oil recovery. On the other hand, Fernø 

et al. (2011) showed that sulfate enrichment does not necessarily improve oil recovery even 

at high temperature of 130 ̊C. Moreover, Sultani et al. (2012) saw negligible increase in 
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the oil recovery when sulfate concentration was tuned in the seawater; however, tuning the 

concentration of magnesium ion improved oil recovery significantly. 

Imbibition and coreflood experiments on chalk, which were started by Austad et al. 

(2005), showed that adjustment of the amounts of Ca+2, Mg-2, and SO4
-2 ions (potential 

determining ions) can change the surface charge and wettability followed by an 

incremental oil recovery. Many experiments indicated the beneficial effect of sulfate 

enrichment on oil recovery. At typical carbonate reservoir condition, rock is positively 

charged and carboxylic acidic components of oil are negatively charged. Therefore, 

carboxylic components of oil are adsorbed on mineral surface making the rock oil-

wet/mixed-wet. If injected/imbibed fluid contains high sulfate (divalent anions) 

concentrations, they will be adsorbed on the rock surface and carboxylic acid components 

of oil will be desorbed making the rock more water-wet.  

Austad et al. (2011) investigated the effect of dilution on incremental oil recovery 

from chalk and limestone cores. They concluded that only cores that contain anhydrite 

show positive response to dilution. They further concluded that sulfate is required to 

observe low salinity effect. Zhang et al. (2007) investigated the wettability alteration of 

North Sea chalk reservoirs in Ekofisk field using imbibition experiments. The study was 

performed with NaCl brines enriched with different concentrations of sulfate. They also 

investigated the effect of adding calcium and magnesium ions on oil recovery at various 

temperatures. One of the results of their study, as indicated in Figure 2-5, shows that the 

process is effective if the imbibing fluid contains either Mg+2 and SO4
-2 or Ca+2 and SO4

-2.  
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Figure 2-5: Effect of potential determining ions on spontaneous imbibition oil recovery at 

70, 100 and 130 °C. Initially, modified seawater was used and Mg+2 and/or 

Ca+2 was added to the solution at a constant ionic strength (All solutions have 

ionic strength equal to seawater ionic strength). Reproduced with permission 

from Zhang et al. (2007), Colloids Surf. A; published by Elsevier. 

Strand et al. (2006) studied the adsorption of sulfate ions on the chalk surface. In 

this work a non-potential ion, SCN-, and a potential determining ion, SO4
-2, are 

simultaneously injected into a chalk core. They compared the breakthrough time of these 

ions and indicated that SCN- shows earlier breakthrough compared to SO4
-2. These results 

confirmed the affinity of the sulfate ion towards the carbonate surface. Moreover, Strand 

et al. (2006) showed that the efficiency of the wettability alteration due to LSE is controlled 

by the relative concentration of calcium and sulfate ions. According to their experiments, 

at temperatures below 100 ̊C, increasing the ratio of Ca+2/SO4
-2, up to 3 times the 

concentration in seawater increases sulfate adsorption. However, at temperatures above 

100 ̊C, increasing this ratio decreases the sulfate adsorption.  
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Chandrasekhar and Mohanty (2013) investigated the efficiency of different brines 

with PDIs in oil recovery improvement from limestone cores at high temperature. They 

performed contact angle measurements, spontaneous imbibition, coreflood, and ion 

analysis on limestone reservoir rocks at high temperature of 248 °F. The results of their 

experiments showed that diluting the seawater that contains Mg+2 and SO4
-2 alters the rock 

wettability to a more water-wet state resulting in higher oil recoveries; however, seawater 

with only calcium ion was unsuccessful in improving oil recovery. Rezaei Gomary and 

Hamouda (2006) showed that the efficiency of Mg+2 and SO4
-2 ions to change the 

wettability of calcite is pH-dependent. Compared with Mg+2, the effect of SO4
-2 is more 

pronounced at low pH values. Mg+2 becomes more effective as pH increases, while the 

SO4
-2 effect on wettability alteration has an optimum pH value (about 7) beyond which 

wettability changes towards more oil-wet in the presence of the sulfate ion. Also, 

experiments conducted by Hamouda et al. (2008) showed the importance of Mg+2 and SO4
-

2 in wettability alteration of chalks and emphasized that that Mg+2 is more effective than 

SO4
-2. 

Some studies have indicated the beneficial effect of addition of other anions, beside 

sulfate, on wettability alteration and oil recovery (Vo et al., 2012; Gupta et al., 2011; 

Alotaibi et al., 2010). Gupta et al. (2011) found that adding multi-valent anions such as 

borate and phosphate to the injected water can be more efficient in improving oil recovery 

compared to sulfate. They observed 15% and 21% incremental oil recovery by substituting 

borate (BO3
-3) and phosphate (PO4

-3) for sulfate in anhydrite-free carbonate cores, 

respectively. Moreover, they found that oil recovery can be improved by removing calcium 

and magnesium ions from the injected water, even at salinities higher than the injected 

water. These observations conclude that the total salinity does not dictate the performance 
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of the flood, but the water chemistry does and emphasize the role of specific ions in water 

chemistry and efficiency of engineered waterflooding. 

Some other researchers investigated the effect of non-PDI (e.g. Na+ and Cl-) 

concentrations on LSE. Fathi et al. (2012) pointed out the engineered waterflooding is more 

effective if the injected seawater is depleted from NaCl. They also observed detrimental 

effect on oil recovery by increasing the NaCl concentrations in seawater by 4-times. 

Awolayo and Sarma (2016) also observed improved oil recovery from limestones, in 

tertiary mode, upon injecting depleted NaCl seawater. In contrast, Romanuka et al. (2012) 

saw no incremental oil recovery by removing NaCl from the injected seawater. 

 Jackson et al. (2016) carried out coreflooding and zeta potential measurements on 

core samples of a limestone reservoir, using three different brine compositions and four 

different crude oils. Formation water, seawater, and 20-times-diluted seawater were used 

in the experiments. Also, other brine solutions were prepared by changing calcium ion 

concentrations. They demonstrated that an understanding of the surface charges at both 

oil/brine and brine/rock interfaces is necessary for designing an optimum engineered water 

to increase oil recovery from carbonates. For the first time, they showed that the oil/brine 

interface can be positively charged at high pH and ionic strength of formation brines in 

carbonate reservoirs. If the oil/brine interface is positively charged, conventional low 

salinity water injection failed, and no incremental oil recovery was observed in corefloods. 

In this situation, the injected brine should be modified to yield a more positive zeta potential 

at the oil/brine interface (e.g. by increasing the brine salinity or adding divalent cations). 

On the other hand, if the oil/brine interface is negatively charged, conventional brine 

dilution or low salinity water injection yields more negative zeta potential at oil/brine 

interface, which results in improved oil recovery. The results of two corefloods that were 

performed by Jackson et al. (2016) are presented in Figure 2-6. Crude oils A and D, initially 
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have positive and negative zeta potentials at oil/brine interface, respectively. Thus, as 

explained above, conventional low salinity water injection fails for Crude oil A, but 

increases oil recovery for crude oil D. 

 

 

(a) 

 

(b) 

  

(c) (d) 

Figure 2-6: Effect of conventional and inverted low salinity waterflooding on oil recovery 

of carbonate core for two different crude oils. Figures show: (a) successful 

conventional low salinity water injection for crude oil D, (b) unsuccessful 

conventional low salinity water injection for crude oil A, and (d) successful 

inverted low salinity water injection for crude oil A. Reproduced from 

Jackson et al. (2016).  
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2.1.2.2 Sandstone Experiments 

Early coreflooding experiments conducted by Morrow and co-workers 

demonstrated beneficial impact of low salinity water injection on wettability alteration and 

improvement of oil recovery from clay rich sandstones (Jadhunan and Morrow, 1995; Tang 

and Morrow, 1996; 1997; Yildiz and Morrow, 1996; Tang and Morrow, 1999; Zhang and 

Morrow, 2006; 2007). Yildiz and Morrow (1996) injected low salinity brine with 2 wt% 

CaCl2 in a Berea sandstone core aged in Moutray crude oil and observed over 5.5% 

incremental oil recovery. Tang and Morrow (1996) injected 10-times-diluted formation 

brine into the sandstone core and observed 5.8% increase in oil recovery. Subsequently, 

they injected another cycle after low salinity injection. In this cycle the concentration ratio 

of Ca/Na brine was increased to 10 and no incremental oil recovery was observed. Tang 

and Morrow (1999) saw improved oil recovery by injecting 10- and 100-times-diluted 

brines to the core. Zhang and Morrow (2006) investigated the effect of cation type on 

imbibition oil recovery of sandstone cores. They revealed that as the valency of the cations 

in the water decreased, oil recovery increased and system became more water-wet.  

Unlike carbonates, for sandstones, studies have shown that the salinity should be 

decreased to a specific threshold level to observe low salinity effect. Zhang et al. (2007) 

conducted several coreflooding experiments to investigate the effect of low salinity water 

injection on improved oil recovery of Berea sandstone cores in both secondary and tertiary 

modes. They observed no incremental oil recovery when salinity decreased to 8,000 ppm. 

However, lowering the salinity to ~1,500 ppm increased oil recovery by 7-14% OOIP. 

Webb et al. (2005)’s experiments showed efficiency of low salinity water injection at 

salinity ranges of 2,000-3,000 ppm. Patil et al. (2008) performed coreflooding experiments 

of low salinity waterflooding on cores from Alaska North Slope (ANS) formation in 

secondary mode. They showed 8% reduction in residual oil saturation led by lowering of 
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salinity from 22,000 ppm to 5,500 ppm. Also, they observed over 20% incremental oil 

recovery by reducing the injected brine salinity to ultra-low salinity levels (50-60 ppm). 

Cissokho et al. (2010) conducted low salinity waterflooding experiment on an outcrop 

sandstone containing 9.2% total clay content. Their experimental results show that 

decreasing the salinity of water, when injected in the tertiary mode, from 50,000 ppm to 

1,000 ppm improves oil recovery by about 10% OOIP. Moreover, they indicated a 

threshold salinity of 2,000 ppm for the injected brine, in which LSE occurs. 

Ligthelm et al. (2009) showed that further reduction of brine salinity below a 

threshold level might result in excessive repulsive forces, detachment and migration of clay 

particles, and formation damage. Accordingly, they suggested a lower limit for injection 

brine salinity to ensure wettability alteration and incremental oil recovery and prevent 

formation damage. Agbalaka et al. (2009) pointed out the importance of both brine salinity 

and temperature on an effective low salinity water injection. They carried out coreflooding 

experiments on two different types of sandstone cores and showed oil recovery 

improvement in both secondary and tertiary modes. They observed an increase in oil 

recovery when salinity of the brine decreased from 4 wt% to 2 wt% and 1 wt%. Also, 

injecting brine at higher temperature resulted in more oil recovery. Loahardjo et al. (2007) 

showed better response of reservoir cores to low salinity water injection compared to 

outcrop cores. They further indicated 16-29% incremental oil recovery from imbibition 

tests performed on sandstone cores. Based on these observations, they suggested that low 

salinity injection process is highly related to oil/brine/rock interactions and cannot be 

predicted.  

Rezaeidoust et al. (2010) pointed out the importance of brine composition rather 

than salinity level to see LSE. They observed improved oil recovery when NaCl with 

40,000 ppm was injected into the core with containing pure CaCl2 with the same ionic 
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strength. Experiments conducted by Gamage et al. (2011), on Berea sandstone, showed 2-

8% improved oil recovery in both secondary and tertiary modes by low salinity 

waterflooding. They revealed higher incremental oil recovery in secondary mode compared 

with tertiary mode. Accordingly, they saw 10-22% OOIP improvement in oil recovery 

when low salinity is injected into the Minnelusa reservoir cores in secondary mode. 

Similarly, Nasralla et al. (2011) saw no incremental oil recovery when low salinity water 

injected in tertiary mode. They used deionized and aquifer (with the salinity of 5,436 ppm) 

waters as the low salinity waters; salinity of formation water was 174,156 ppm. They 

performed low salinity water injection on eight Berea sandstone cores and observed 

significant improvement in oil recovery when low salinity waterflooding conducted in 

secondary mode.  

Suijkerbuijk et al. (2012)’s imbibition experiments on both Berea and reservoir 

sandstone cores revealed that addition of Ca+2 ions to the injected brine makes the system 

more oil-wet. Additionally, removing divalent cations from the injected high salinity or 

low salinity NaCl brine improved oil recovery, if the formation brine contained divalent 

cations.    

After discussing the core-scale experiments we present the performed pilot and 

field applications of engineered waterflooding in carbonates and sandstones. 

2.1.3 Field Applications of Engineered Waterflooding 

2.1.3.1 Field Application in Carbonates 

Yousef et al. (2012), following extensive coreflooding experiments, performed the 

first-ever field trials of engineered water injection in a carbonate reservoir. They conducted 

two single well chemical tracer tests (SWCTTs) in an Upper Jurassic carbonate reservoir 

using Qurayyah seawater and diluted seawater. The main goal of the field trials was to 
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confirm the results of corefloods presented in Figure 2-4, at a field-scale scenario. In one 

well, three stages of water were injected in a period of four weeks. In the first stage, large 

volumes of seawater were injected to achieve to the residual oil saturation. In the next 

stage, more seawater was injected to confirm that no more change in residual oil saturation 

with high pore volumes of seawater injection took place. In the third stage, 10-times-diluted 

seawater was injected. After each stage, a special single-well chemical tracer was injected 

to measure residual oil saturation near the wellbore. The results indicated approximately 7 

units of reduction in oil saturation by 10-times-diluted seawater injection. Initial connate 

water was very saline with salinity of 213,000 ppm and injection seawater had a salinity of 

57,600 ppm. It should be mentioned that injected water is the optimized seawater which 

was used in prior corefloods by Yousef et al. (2010; 2011). The engineered water is 

approximately two times more saline than the typical salinity of the ocean seawater. 

Moreover, the concentrations of SO4
-2 and Mg+2 ions are twice as the typical concentrations 

of these ions in the ocean seawater. 

Figure 2-7 shows a comparison of the reactive tracer (EtAc) and the product tracer 

(EtOH) profiles between stages one and two and stages one and three. It is observed that 

there is no apparent shift in the profiles of EtOH and also no change in EtAc between stages 

one and two.  However, there is a considerable change between the EtOH profiles at stages 

one and three, which translates to 7 units of saturation reduction. 
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(a) (b) 

Figure 2-7: Comparison of field-measured tracer concentration profiles between (a) stages 

1 (field seawater) and stage 2 (seawater) and (b) stage 1 (field seawater) and 

stage 3 (10-times diluted seawater) (From Yousef et al. 2012). 

Similar field trial was performed on another well to investigate the efficiency of 

different dilution levels on residual oil saturation reduction. Therefore, after seawater 

injection in the first stage, a 2-times-diluted seawater was injected in the second stage 

followed by a 10-times-diluted seawater in the third stage. SWCTT results revealed similar 

results to corefloods, showing ~3 and ~6 reduction in saturation units at second and third 

stages of EWF, respectively. The results were also similar to the results observed in the 

previous well with a total of ~6 reductions in saturation units. The promising results of 

these field trials confirmed the repeatability of coreflood results in a field-scale scenario.  
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2.1.3.2 Field Application in Sandstones 

To confirm the lab results obtained for low salinity water injection, Webb et al. 

(2004), for the first time, conducted a log-inject-log through a clastic reservoir to see how 

low salinity water injection changes the remaining oil saturation near the wellbore. They 

observed a 25-50% reduction in residual oil saturation when low salinity water is injected 

into the reservoir. Waters with salinities of 220,000, 170,000, and 3,000 mg/l were injected 

in sequence into the reservoir. After stabilization of each test, the log-inject-log was run in 

the wellbore. Results show that the remaining oil saturation is not changed when waters 

with salinities of 220,000 and 170,000 mg/l are injected into the reservoir, while the 

remaining oil saturation significantly decreases, between 25-50%, for water with the 

salinity of 3,000 mg/l.  

McGuire et al. (2005) ran single-well chemical tracer tests (SWCTT) in sandstone 

reservoirs in Alaska and showed that the lab results can be replicated in the field. This field 

test was run in the tertiary mode. Residual oil saturation was drastically reduced with an 

increase in oil recovery of 6 to 12 % of the original oil in place (OOIP).  

Lager et al. (2008a) have reported another successful experience for low salinity 

water injection into an Alaskan reservoir. Low salinity water injection caused a significant 

drop in the water oil ratio and the oil production rate was doubled during nearly 12 months 

of production. Although in some of the previous corefloods, clay swelling or pore plugging 

was observed during low salinity water injection, Lager et al. (2008a) did not see any 

evidences of these issues during their field trial study. Seccombe et al. (2010) performed 

SWCTT to evaluate the mechanism and quantify recovery benefits of low salinity water 

injection in Endicott field trial. Based on their analysis remaining oil saturation decreased 

form 41% after high salinity water injection to below 30% after low salinity water injection. 

Some of their analyses are indicated in Figure 2-8. 
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(a) 

 

(b) 

 

(c) 

Figure 2-8: Results of low salinity water injection in the Endicott field in Alaska. (a) 

Increase in oil recovery by reduction in brine salinity, (b) decrease in water-

cut as a result of low salinity water injection (Secombe et al. 2010), and (c) 

decrease in remaining oil saturation from SWCTT analysis by McGuire et al. 

(2005). Reproduced figure from Bartels et al. (2019). 

Vledder et al. (2010) presented results for a field-scale low salinity waterflood in 

Omar field in Syria. They described a field-scale proof of wettability alteration using low 

salinity water injection in mixed to oil-wet Omar sandstone formation. The reservoir has 

light oil with viscosity of 0.3 cp, formation water salinity of 90,000 mg/l, and divalent 

cation concentration of 5,000 mg/l. Low salinity water was injected in the secondary mode 

using river water with salinity of 500 mg/l and less than 100 mg/l divalent cations. Their 
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results showed that an additional 10-15% of OOIP was recovered using low salinity water 

injection into mixed to oil-wet sandstone reservoirs. 

2.1.4 Proposed Mechanisms of Engineered Waterflooding (EWF) 

Several mechanisms have been proposed in the literature for EWF. These 

mechanisms are either inferred/postulated from indirect measurements or directly observed 

from sub-pore scale and coreflooding experiments. The main proposed mechanisms are: 

fines migration, pH change effect, wettability alteration (due to e.g. multicomponent ion 

exchange, surface charge change and double layer expansion, or mineral dissolution), 

formation of micro-dispersions, variations in interface viscoelasticity, and osmosis effect. 

These mechanisms can be categorized into two main groups: 1. the mechanisms that relate 

to the liquid/rock interface; 2. the ones that relate to the fluid/fluid interactions. Although 

the mineralogy of carbonate and sandstone rocks are different, the main proposed 

mechanisms are applicable to both rock types. This is because of the nature of these 

mechanisms which involve liquid/rock and liquid/liquid interactions (Bartels et al., 2019). 

Among all these proposed mechanisms wettability alteration is believed to be the 

underlying mechanism of engineered waterflooding in both carbonate and sandstone rocks. 

However, the mechanism that leads to wettability alteration in these rocks (especially in 

carbonates) is not yet agreed upon. In the following sections we present main mechanisms 

that can lead to low salinity effect. 

2.1.4.1 Mechanisms Related to Liquid/Rock Interactions 

Multi Ionic Exchange (MIE) 

This mechanism was first proposed in the works of Austad and co-workers based 

on their studies on chalk (Ligthelm et al., 2009; Starand et al., 2008; Austad et al., 2005; 
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2007; 2011; Zhang et al., 2007; Puntervold, 2008) and reservoir limestone (Ligthelm et al., 

2009; Myint and Firoozabadi, 2015; Strand et al., 2008) wettability alteration. In most 

reservoirs and in the range of formation pH, oil/brine interface is negatively charged while 

brine/carbonate rock is positively charged. Thus, both interfaces have dissimilar charges 

with unstable and thin water film, which ultimately results in oil attachment on the rock 

surface. The carboxylic acids at the oil/brine interface then attach on the carbonate surface 

and make the rock surface oil-wet. If MIE occurs between the injected brine and the rock 

surface, ionic bonding between the carboxylic acids and the carbonate surface may result 

in wettability alteration toward a more water-wet surface. In carbonates, adsorption of PDIs 

on the rock surface results in desorption of these carboxylic acids.  

In MIE mechanism, sulfate ions adsorbs on the carbonate surface and reduces the 

positive surface charge density. As a result of reduction in repulsive forces, Ca+2 ions 

adsorb on the carbonate surface and react with the carboxylic acid. Thus, carboxylic acid 

components break and release from the rock surface which ultimately changes the 

wettability toward a more water-wet surface.  Additionally, at elevated temperatures, 

magnesium ions replace calcium ions on the rock surface and displace the attached Ca+2 

ions. As a result, the carboxylic acids that are attached to Ca+2 release with the calcium 

ions and leave a more water-wet surface. Figure 2-9 indicates a schematic of this proposed 

mechanism in carbonate rocks. 
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Figure 2-9: Schematic model for proposed MIE wettability alteration mechanism by low 

salinity water: (A) Ca+2 and SO2
−4 ions act as PDIs and attach to the carbonate 

surface at low and high temperature; and (B) Mg+2 and SO2
−4 ions act as PDIs 

toward carbonate surface at high temperature.  Reproduced with permission 

from Zhang et al. (2007), Colloids Surf. A; published by Elsevier. 

Electric Double Layer Expansion 

Electrostatic double layer (EDL) water consists of a Stern layer and a diffusive 

layer. The Stern layer, close to the solid/liquid boundary, consists of a static layer of 

charges. However, the diffusive layer is dynamic and ions can be exchanged depending on 

the charges at oil/brine and brine/rock interfaces.  High salinity formation brines, 

containing multivalent cations, usually result in dissimilar surfaces charges at the 

brine/rock and the oil/brine interfaces. Thus, oil adsorbs to the rock surface, the water film 

becomes unstable and shrinks. This leads to initial oil-wet system. However, if low salinity 

water is injected, the thickness of EDL increases which promotes repulsive forces between 

the oil/brine and brine/rock interfaces, and wettability goes toward a more water-wet 

surface. The concept of EDL expansion was first proposed by Ligthelm et al. (2009) as 

they suggested MIE as a secondary effect of low salinity water injection. They stated that 

reduced salinity and divalent cation concentrations expands EDL at both oil/brine and 

brine/rock interfaces, leading to repulsive electrostatic forces and a more water-wet 
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surface. Figure 2-10 presents a schematic of this mechanism. This mechanism has been 

suggested, by several other researchers (Mahani et al., 2015, 2017a; Fathi et al., 2010; 

2011; Shariatpanahi et al., 2011; Alameri et al., 2014; Aladsani, 2012; Al-Shalabi et al., 

2014; Al-Shalabi and Sepehrnoori 2017, Sandengen et al., 2016; Sohal et al., 2016; Sanaei 

and Sepehrnoori, 2018) for wettability alteration and LSW oil recovery improvement in 

carbonates. 

 

 
(a) 

 
(b) 

Figure 2-10: A schematic illustration of EDL expansion mechanism for wettability 

alteration: (a) original wetting condition; and (b) low salinity brine condition. 

Reproduced with permission from Sohal et al. (2016), Energy Fuels; 

published by American Chemical Society, 2016. 

Rock Dissolution 

Hiorth et al. (2010) tried to interpret the modified salinity waterflooding effects 

using surface reactions. However, predictions of their developed surface model were not 

consistent with several experimental observations documented in the literature. On the 

other hand, they were able to interpret the observations, assuming calcite dissolution as the 
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dominant controlling parameter in the underlying modified salinity waterflooding. In their 

opinion, during modified salinity waterflooding in carbonates, calcite is dissolved and 

liberates the adsorbed oil from the surface; hence, a fresh surface leading toward a more 

water-wet state is created. Figure 2-11 compares the rock surface before (top panel) and 

after (bottom panel) injection of modified saline or brackish water. The proposed model is 

also supported by Vo et al. (2012), Zahid et al. (2012), Gupta et al. (2011) and Korrani et 

al. (2015). 

 

 

Figure 2-11: A schematic illustration of calcite dissolution mechanism for wettability 

alteration: (top) original wetting condition before injection of engineered 

water; and (b) dissolution occurs that takes away the attached oil to the surface 

and leaves a fresh water-wet surface. Reproduced with permission from 

Hiorth et al. (2010), Transp Porous Med; published by Springer Nature. 

Although several researchers have observed rock dissolution as a result of low 

salinity water injection in carbonates, they question the mechanism as the main underlying 

mechanism of wettability alteration. Nasralla et al. (2015) and Mahani et al. (2017a) 

believe that rock dissolution cannot occur on the field-scale due to buffering and 



 40 

equilibrium effects, making this mechanism a near-wellbore effect. Moreover, Nasralla et 

al. (2016), based on coreflooding experiments on two Middle Eastern limestone cores, 

ruled out calcite dissolution as an underlying mechanism of EWF. They found that some 

injected brines could not dissolve calcite, but indicated improved oil recovery. On the other 

hand, some other brines indicated calcite dissolution with no change in oil recovery. It 

should also be noted that the experiments were performed with dead oil and the effect of 

CO2 dissolution in the aqueous phase was not considered in Nasralla et al. (2016)’s work. 

This can significantly affect the extent of calcite dissolution as a mechanism of EWF which 

will be discussed later in Chapter 3. 

Fines Migration 

Tang and Morrow (1999) proposed fines migration as underlying mechanism of 

low salinity water injection. According to their study, fines migration can cause stripping 

of oil-bearing particles from the rock surface and blocking some pore throats and fluid flow 

diversion. These consequences of low salinity water injection can improve oil recovery by 

increasing microscopic sweep efficiency while reducing the rock permeability. This 

mechanism was initially proposed for sandstones due to high clay concentrations; however, 

several researchers observed and proposed fines migration as a mechanism of low salinity 

water injection in carbonates as well (Zahid et al., 2012; Winoto et al., 2012; Yi and Sarma, 

2012). Some believe that fines migration as a result of anhydrite and dolomite dissolution 

might occur as a result of low salinity water injection in carbonates (Pu et al., 2008; 2010; 

Lebedeva et al., 2009). 

Some other researchers believe that fines migration can cause wettability alteration 

and increase in pressure drop during engineered waterflooding in carbonates and 

sandstones (Zhang et al., 2007; Yousef et al., 2011; Zahid et al., 2012; Winoto et al., 2012). 
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RezaeiDoust et al. (2009) supported this argument and believed that fluid flow diversion 

is more important than wettability alteration by fines migration.  

2.1.4.2 Mechanisms Related to Liquid/Liquid Interactions 

Reduction of Interfacial Tension and pH Change 

Increased pH and reduced IFT can cause an increase in the capillary number 

followed by a reduction in the residual oil saturation. This mechanism has been supported 

by some authors (Meng et al., 2015; Alotaibi and Nasr-El-Din, 2009; Okasha and 

Alshiwaish, 2009); however, some other researchers (Lager et al., 2008b; Mahani et al., 

2017a; Yousef et al., 2010; 2011; Sohal et al., 2016; Al-Harrasi et al., 2012) believe that 

this mechanism is not the primary mechanism of engineered waterflooding process. In low 

salinity waterflooding, diluted brine has an insignificant impact on viscosity; thus the 

changes in capillary force have an impact on residual oil saturation. Derkani et al. (2018) 

argued that residual oil saturation reduction requires a substantial decrease in capillary 

forces, which is determined by fluid/fluid and fluid/rock interactions. However, whether 

performing EWF affects IFT (fluid/fluid interactions), contact angle (fluid/rock 

interactions), or both is not clearly established in the literature. 

Fluid–Fluid Interactions and Formation of Microemulsions 

Sohrabi and co-workers (Emadi and Sohrabi, 2013; Mahzari and Sohrabi, 2014; 

Sohrabi et al., 2017) performed low salinity water injection experiments on micromodels 

at reservoir condition and proposed the interactions at oil/brine interface and formation of 

water micro-dispersions as an underlying mechanism of low salinity water injection. They 

indicated that low salinity water, unlike high salinity brine, in contact with crude oil forms 

micro-dispersions inside the crude oil. This causes increase in oil recovery as a result of 

natural surface-active compound reduction in oil/brine interface and swelling of high 
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salinity water droplets. Reduction in surface active compound changes the balance between 

attractive and repulsive forces at oil/brine and brine/rock interfaces which ultimately 

changes wettability state of the system (Derkani et al., 2018). 

Variation of Interfacial Viscoelasticity 

Alvarado et al. (2014, 2015) showed that low salinity waterflooding increases the 

interfacial viscoelasticity by fluid/fluid interactions which ultimately suppress the trapped 

oil by snap-off. They showed that reducing concentration of the injected brine increases 

the viscoelasticity of the film at the oil/brine interface and decreases the snap-off effect. 

Thus, the oil phase becomes more continuous and larger oil droplets block the pore throat 

and improve the flow of low salinity brine in non-swept oil-bearing pore throats, thus 

decrease the residual oil saturation and increase oil recovery. Chavez-Miyauchi et al. 

(2016) similarly proposed that increase in oil/brine interfacial viscoelasticity at low salinity 

brines causes pressure fluctuation reduction and a decrease of the oil phase snap-off. They 

also proposed this mechanism as a potential mechanism of low salinity water injection and 

incremental oil recovery.  

Garcia-Olvera and Alvarado (2017) performed coreflooding experiments on 

Indiana Limestones to investigate the effect of fluid-fluid interactions on incremental oil 

recovery of low salinity water and sulfate enriched sea water. Results of their study 

indicated that although brine/rock interactions and wettability alteration might be an 

important mechanism of LSE, it might not always be the most important mechanism. They 

showed that fluid/fluid rheological properties are significantly affected by brine salinity, 

asphaltene content, and more importantly, brine composition. Accordingly, sulfate 

enrichment favored the elasticity of the interface as to depress the occurrence of snap-off 

and thus resulted in more incremental oil recovery.  
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Morin et al. (2016) performed microfluidic experiments to study contribution of 

interfacial elasticity at pore-scale levels. They studied the role of brine composition and 

interfacial elasticity in dynamic snap-off processes as well as the time scales in which those 

properties are changed. Figure 2-12 illustrates the dynamic differences between the 

evolution of snap-off mechanism for a specific crude oil in presence of high salinity (100%) 

brine with ionic strength of 0.6724 M and low salinity brine (1%). It is observed that the 

crude oil aged with low salinity brine forms a longer thread with suppressed snap-off and 

dramatically different interfacial properties compared to the crude oil aged with high 

salinity brine.  

 

 

 

Figure 2-12: direct visualization of snap-off mechanism for an identical crude oil following 

its aging against low and high salinity brines. The effect of salinity upon 

interfacial elasticity is observed in this direct comparison of the terminal oil 

thread resisting snap-off. Reproduced with permission from Morin et al. 

(2016), Lab on a Chip; published by Royal Society of Chemistry. 

 



 44 

Osmosis Effect 

In low salinity water injection osmotic effect occurs as a result of salinity gradient 

between the injected water (low salinity) and formation water (high salinity), where oil acts 

as a semipermeable membrane. Salinity difference between the injected and formation 

water creates a chemical potential which is known as osmotic potential (Afekere et al. 

2017). Some researchers (Morrow and Buckley, 2011; Ellila, 2012; Sandengen et al. 2016; 

Fredriksen et al. 2017) suggested that that osmosis expansion of the formation water can 

cause relocation of oil phase inside a porous medium, and lead to incremental oil recovery. 

Also, expansion of water-in-oil emulsions can occur in this mechanism and result in extra 

oil recovery.  

2.1.5 Simulation Studies of Engineered Waterflooding 

A predictive model is required to capture the underlying mechanisms of wettability 

alteration in engineered water considering oil/brine/rock surface interactions. Several 

researchers have proposed different models for low salinity water injection depending on 

rock type and assumed mechanism of low salinity water injection. Some of the proposed 

models are based on surface complexation models (SCM), in which zeta potentials are 

calculated and the behavior of surface complexes are analyzed. These models neglect the 

transport of engineered water in the reservoir and are used to evaluate the wettability 

alteration theories and oil attachment to or detachment from the rock surface. We call them 

static models as the fluid flow is neglected in these models. On the other hand, there are 

models implemented in black oil or compositional reservoir simulators. These models 

assume wettability alteration as the main mechanism of the process and model oil recovery 

enhancement as a result of engineered waterflooding. These models are used to perform 
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core-scale to field-scale simulations, and we call them dynamic models. Below we present 

a review of both static and dynamics models. 

2.1.5.1 Static Models of Engineered waterflooding 

Hiorth et al. (2010) used a chemical model of a calcite surface coupled with bulk 

solution to address the changes in wettability and oil displacement. Using the developed 

surface complexation reactions for calcite surface, they were able to reproduce the initial 

wettability state of the calcite surface in presence of pore water chemistry. However, they 

could not show how changes in surface charges can be responsible for LSE and suggested 

calcite dissolution as the main mechanism. One of the shortcomings of this work was 

neglecting the changes in the chemistry of the oil phase. Several studies have indicated that 

the ions in the solution can affect the concentration of charged oil components at the 

oil/brine interface, which can lead to increase or decrease in the surface charge of the oil. 

Brady and Krumhansl (2012) and Brady et al. (2012) used SCM and studied the 

reactions occurring at oil/brine and brine/rock interfaces for sandstone and carbonate rocks. 

Brady and Krumhansl (2012) showed that oil adhesion to the sandstone rock surface is 

controlled by electrostatic attraction of carboxylate acids and nitrogen bases from the 

oil/brine interface to the charged sites at clay surfaces.  They further showed potential of 

low salinity water injection in decreasing the electrostatic attraction between oil and 

Kaolinite edges and consequent wettability alteration in these reservoirs. Brady et al. 

(2012), in a similar study, investigated the effect of engineered waterflooding on reducing 

the electrostatic attraction forces in carbonates. 

Brady and Thyne (2016) developed a surface-complexation-based model to study 

the effect of low salinity waterflooding on oil-calcite electrostatic attraction as well as the 

pH shift and plateau of incremental oil production. A bond product is defined by the 
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summed products of surface concentrations of oppositely charged oil and mineral surface 

species. This parameter is used to measure the amount of oil/rock electrostatic attraction. 

If the oil and mineral surfaces have similarly charged species, the bond product is equal to 

zero, and there will be no electrostatic attraction of oil on the rock surface. Non-zero bond 

product translates to oil adhesion to the rock surface and higher values indicate higher oil 

tendency to be attached to the rock surface. They further used the model to explain initial 

wettability and to design injection water compositions for improved oil recovery. 

Mahani et al. (2017a) implemented an SCM in PHREEQC geochemical simulator 

(Parkhurst and Appelo, 1999, 2013) to relate surface reactions to experimentally measured 

zeta potentials. Using the developed model, they were able to investigate the effect of rock 

type, brine salinity, composition, and pH on zeta potentials.  

While several studies focus on analyzing the oil adhesion on the rock surface and 

wettability alteration in the context of SCM, other static models focus on analyzing forces 

and stability of thin water film in an oil/brine/rock system. Hirasaki (1991a, b) analyzed 

the stability of thin water film using disjoining pressure and contact angle calculation in an 

oil/brine/rock system. He indicated that the contact angle depends on electrostatic 

interactions between oil/brine and brine/rock interfaces and this dependency becomes less 

significant at high salinity brines. Xie et al. (2014; 2015; 2016) used similar procedure and 

calculated contact angle from disjoining pressure vs. thin water film. They also showed 

that changes in water chemistry and type of ions affect disjoining pressure and a low 

salinity water triggers higher disjoining pressure and more repulsive forces. Sadeqi-

Moqadam et al. (2016) used simple disjoining pressure calculation to predict 

experimentally measured contact angle. They indicated that while simple disjoining 

pressure can cause erroneous results, the model can be improved by choosing the right 
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parameters in the model. Using the model they developed, they were able to predict 

wettability, contact angle and oil adhesion to the rock surface.   

The above mentioned models cannot be used to accurately predict the behavior of 

EWF in a coreflooding/spontaneous imbibition or field application, unless linked with a 

reactive-transport simulator. However, these models can enhance our understanding of the 

changes in surface charge and electrostatic forces as water chemistry changes. They can 

also be used to gain insights in efficiency of EWF in both carbonate and sandstones, design 

injection water, and predict plateau of incremental oil production. 

2.1.5.2 Dynamic Models of Engineered Waterflooding 

The first model of low salinity water injection was proposed by Jerauld et al. 

(2008). In this model, salt is modeled as an additional single-lumped component in the 

aqueous phase and can be injected and tracked similar to an inactive tracer. Moreover, two 

sets of oil-wet and water-wet relative permeability are defined and relative permeability is 

dynamically updated as a function of an interpolating parameter. The interpolating 

parameter is defined as a function of oil residual saturation in which residual oil saturation 

varies as a function of salinity. Eqs. (2.1) to (2.5) describe Jerauld et al. (2008)’s model. 
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where  

rwk   relative permeability to water phase 

HS

rwk   relative permeability to water phase of high salinity set 

LS

rwk   relative permeability to water phase of low salinity set 

  
interpolation parameter (θ = 1 for high salinity water and θ = 0 for low 

salinity water) 

rowk  relative permeability to oil phase 

HS

rowk  relative permeability to oil phase of high salinity set 

LS

rowk  relative permeability to oil phase of low salinity set 

cowP   oil/water capillary pressure (psi) 

HS

cowP   oil/water capillary pressure of high salinity set (psi) 

LS

cowP   oil/water capillary pressure of low salinity set (psi) 

orwS   residual oil saturation 

LS

orwS   residual oil saturation to low salinity waterflood  

HS

orwS   residual oil saturation to high salinity waterflood 

wrS   irreducible water saturation. 

Wu and Bai (2009) presented a mathematical model of low salinity water injection 

by incorporating salt as an additional component to the aqueous phase. In this model, 

interpolating technique is not used; however, relative permeability, residual oil saturation, 

and capillary pressure are changed as a function of total salinity. They used Brooks-Corey 

type of relative permeability model (Honarpour et al., 1986) with no change to water phase 

relative permeability. Instead, they increase in oil phase relative permeability as a function 

of salinity as 
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where the two normalized fluid saturations are defined as 
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where 

rwk   relative permeability to water phase 

   the Brooks-Corey exponential index 

cX   salt mass fraction in the aqueous phase 

rok   relative permeability to oil phase 

wS   water saturation 

wrS   irreducible water saturation 

orS   residual oil saturation. 

Furthermore, they assumed a linear relationship between the salt mass fraction and 

the residual oil saturation as follows: 
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1orS  residual oil saturation at low salt mass fraction 

2orS   residual oil saturation at high salt mass fraction 

1cX   low salt mass fraction 

2cX   high salt mass fraction. 

Omekeh et al. (2011), following single phase laboratory experiments on Berea 

sandstone, developed an ion exchange-transport model. The developed model calculates 

amount of divalent ions that are attached on or detached from the rock surface. They 

assumed that the number of released cations from the clay surface correlates with 

incremental oil recovery from low salinity water injection. According to Omekeh et al. 

(2011), a weighting factor is defined by desorption of divalent ions as 
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where K is a constant and m is the sum desorption of divalent ions calculated from: 

 

     0 0, max[ ,0] max[ ,0],Ca Mg Ca Ca Mg Mgm           (2.12) 

where 

 

F   weighting factor 

Ca   calcium adsorbed on the rock 

Mg   magnesium adsorbed on the rock 

0Ca  original calcium adsorbed on the rock 

0Mg  original magnesium adsorbed on the rock. 
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If there is no divalent ions desorption from the rock, F=1, and as calcium and 

magnesium desorb from the rock surface F becomes less than 1. The calculated weighting 

factor is then used to update relative permeability and capillary pressure similar to Jerauld 

et al. (2008)’s approach. Omekeh et al. (2015) used the same approach to history match 

low salinity water injection in two sandstone cores. 

Dang et al. (2013, 2016) developed an ion exchange model with geochemical 

processes coupled with a multi-phase multi-component compositional simulator. They 

used the developed model to history match low salinity waterflooding experiments. The 

ion exchange model is validated against PHREEQC geochemical package and is used to 

study adsorption/desorption of cations from the rock surface. Interpolating technique 

between two sets of relative permeability and capillary pressure, with Ca+2 equivalent 

fraction on the exchanger as the interpolating parameter, is used to model low salinity 

waterflooding. The interpolating parameter is defined as 
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where 

 

  interpolating factor 

2Ca X  equivalent fraction of Ca+2 on the clay exchanger 

CEC   cation exchange capacitance of clays 

maxCEC  maximum cation exchange capacitance of clays. 

Korrani (2014) coupled IPhreeqc, an open-source interface of PHREEQC, a 

comprehensive geochemical package developed at United States Geological Survey 

(USGS), with UTCOMP, a compositional multi-phase multi-component simulator. He 
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used this integrated tool to model various reactive-transport processes like low salinity 

water injection in sandstone and carbonates. Korrani (2014) assumed wettability alteration 

as a result of a different mechanism (depending on the rock type) as the main mechanism 

of low/modified salinity waterflooding. To model wettability alteration, an interpolating 

technique is used and different interpolating parameters are defined based on the 

hypothesized mechanism of the process. Korrani et al. (2016a) considered double-layer 

expansion as the controlling mechanism of low salinity water injection in sandstones. Total 

ionic strength (TIS) is believed to be the controlling parameter in this mechanism and he 

considered this factor as the interpolating parameter as indicated in Eq. (2.14): 
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where  

  interpolating parameter 

maxTIS  total ionic strength value above which no wettability alteration is 

occurred  

 ,TIS x t  total ionic strength of each gridblock at certain simulation time 

minTIS   total ionic strength value at which maximum wettability alteration is 

occurred. 

They applied this model to the integrated tool and successfully modeled a 

coreflooding sandstone experiment and a field-scale low salinity water injection 

implementation. In another approach, they assumed desorption of carboxylic acids through 

divalent cation release from the surface as the main mechanism of low salinity water 

injection in sandstones. Accordingly, the interpolating parameter is defined as 
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where  

 

max  fraction of organometallic complexes on the exchanger above which no 

wettability alteration would occur  

 ,x t   fraction of organometallic complexes on the exchanger in each gridblock at 

certain simulation time 

min   fraction of organometallic complexes on the exchanger at which maximum 

wettability alteration would occur. 

ζ is given in Eq. (2.16) 
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where 

wA   the carboxylic branch  

X   exchanger site 

iI   divalent cations 

CEC= the cation exchange capacitance of the exchanger. 

Korrani et al. (2015), following Hiorth et al. (2010)’s proposed model, considered 

calcite dissolution as the main mechanism of wettability alteration in carbonates. Thus, 

using similar procedure mentioned above, they considered amount of calcite as the 

interpolating parameter as 
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where ζ(x,t) is the amount of calcite in each gridblock, ζmax is the amount of calcite  above 

which no wettability alteration would occur. In other words, certain amount of calcite 

should be dissolved for the wettability alteration to occur. ζmin is the value at which enough 

amount of calcite is dissolved making the rock totally water-wet. Maximum and minimum 

thresholds in Eq. (2.17) are the matching parameters. They also emphasized the importance 

of incorporating surface complexation reactions in successful modeling of modified 

salinity waterflooding in carbonates. The model was validated against a carbonate 

coreflooding experiment performed on a limestone core at high temperature.  

Al-Shalabi (2014), unlike previous models, believed that oil relative permeability 

is more sensitive to low salinity water injection process as compared to water relative 

permeability. Therefore, he changed oil relative permeability parameters to model low 

salinity effect while water relative permeability parameters were kept constant. He 

proposed and implemented an empirical low salinity water injection model in UTCHEM, 

an in-house chemical simulator developed at The University of Texas at Austin. According 

to Al-Shalabi (2014), residual oil saturation, oil end-point relative permeability, and oil 

exponent are modified as a function of contact angle. Contact angle is calculated using a 

third order polynomial function of total injected water salinity. The implemented model is 

as follows: 

 

 ( ) 1 ,LS HS

or Altered or orS S S S S       (2.18) 

 

 
 

,

HS

LS HS
S

 


 






 

 

(2.19) 

 

*LS *HS
* *HS ,

1

ro ro
ro roe

k k
k k

a




 

 
  
 

 

(2.20) 

 



 55 

 

LS
LS max

1

o o
o oe

n n
n n

a





 

 
  
 

 

 

(2.21) 

 

where 

 

( )or AlteredS   altered residual oil saturation 

LS

orS   residual oil saturation to low salinity waterflood  

HS

orS   residual oil saturation to high salinity waterflood 

S  interpolation parameter  

*

rok   oil phase endpoint relative permeability  

*HS

rok   oil phase endpoint relative permeability for high salinity water 

*LS

rok   oil phase endpoint relative permeability for low salinity water 

   calculated contact angle from curve fitting 

a   Inflection point from curve fitting 

e   hill slope from curve fitting 

on   Corey’s exponent for the oil phase 

 maxon   maximum Corey’s exponent for the oil phase (typically has the value of 

4) 

LS

on   Corey’s exponent for the oil phase when residual oil saturation becomes 

constant 

wrS   irreducible water saturation. 

The abovementioned model was used to model two different coreflood experiments 

in low salinity water injection of carbonates. 
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Qiao et al. (2015) developed a wettability alteration model based on interpolating 

technique to model low salinity water injection in carbonate rocks. The proposed model 

was implemented in an in-house reservoir simulator, PennSim (PennSim Toolkit, 2013). 

The developed models consider surface complexation reactions of oil/brine and brine/rock 

interfaces. Additionally, a new surface complexation reaction considering interaction of 

oil/brine and brine/rock interfaces is considered in this model. Based on the new defined 

surface complexation reaction, the interpolating parameter is defined as a function of 

>CaOH2
+(−COO-) surface species, the adsorbed carboxylic group on the rock surface, as 

below: 

q =
c - c

ww

c
ow

- c
ww
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(2.22) 

where, c, cww, and coo are the surface concentrations of >CaOH2
+(−COO-), at the current 

state, water-wet, and oil-wet states, respectively. The model showed promising results in 

predicting the behavior of low Salinity waterflooding in carbonate cores. 

Sharma and Mohanty (2017) used Korrani et al. (2015)’s approach to model low 

salinity water injection in carbonates. However, the interpolating parameter is defined as a 

function of naphthenic acid attached on the rock surface. They also used surface 

complexation reactions in addition to aqueous and solid phase reactions in their model. The 

surface complexation reactions were validated against experimentally measured zeta 

potentials. They further compared the results of the developed model with different 

experiments performed on carbonate cores. 

Korrani and Jerauld (2019) developed surface complexation models to model zeta 

potential measurements in oil/brine, brine/carbonate, and brine/sandstone systems. They 

were able to accurately predict the zeta potential measurements on different rock using the 

developed SCM. Moreover, they used DLVO theory along with augmented Young-
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Laplace equation to predict contact angle behavior. To model wettability alteration using 

the developed surface complexation model, a wetting film stability number is defined and 

used in interpolating parameter calculations. The stability number is a dimensionless 

number and defined as the ratio of electrostatic to Van der Waals (VdW) forces. Eqs. (2.23) 

and (2.24) show simplified stability number and the interpolating parameter defined by 

Korrani and Jerauld (2019), respectively 
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where 

 

SN   wetting film stability number 

r   relative electric constant of water 

/oil brine   oil/brine interface potential 

/brine rock   brine/rock interface potential 

T   Temperature 

I   total ionic strength 

minSN   stability number above which rock wettability starts changing from oil-

wet to water-wet 

maxSN   stability number above which rock wettability does not change anymore 

int   interpolating parameter. 
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The model was implemented in UTCOMP-IPhreeqc and was used successfully to 

history match sandstone and carbonate coreflood and imbibition experiments. 

While there are several SCMs in the literature, there is a gap between the estimation 

of zeta potential and the dynamic prediction of changes in contact angle and wettability. 

Previous studies, on one side focus on the pore-scale mechanism and zeta potential 

measurement and calculations. These studied do not consider dynamic wettability 

alteration as modified water is injected into the core/reservoir. On the other hand, most of 

the numerical modeling studies on the topic, consider a simple wettability alteration 

mechanism without accurate justifications to model coreflood or to build reservoir-scale 

models. Comprehensive modeling of engineered waterflooding requires consideration of 

geochemical reactions in a numerical simulator. Korrani (2014) coupled UTCOMP, The 

University of Texas at Austin in-house compositional reservoir simulator (Chang, 1990), 

with IPhreeqc (Charlton and Parkhurst, 2011), the modules-based version of PHREEQC, 

the USGS geochemical package (Parkhurst and Appelo, 1999; 2013), and developed 

UTCOMP-IPhreeqc. We use this integrated simulator throughout this dissertation to 

implement new developed models for simulation of engineered waterflooding and other 

reactive-transport processes. Below we present the description of the entire set of features 

included in UTCOMP-IPhreeqc followed by development of a comprehensive model for 

simulation of engineered waterflooding at different length-scales. 

2.2 UTCOMP-IPHREEQC DESCRIPTION 

UTCOMP-IPhreeqc is an integrated simulator that combines the geochemical 

strength of IPhreeqc with UTCOMP to model reactive-transport problems. UTCOMP is a 

non-isothermal, three-dimensional, equation-of-state, implicit in pressure and explicit in 

compositions (IMPEC) compositional reservoir simulator developed at The University of 
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Texas at Austin (Chang, 1990; UTCOMP Technical Documentation, 2011; UTCOMP 

User’s Guide, 2012).  

The first version of UTCOMP was developed by Chang (1990) to model miscible 

and immiscible gas EOR processes. To model more complex processes several other 

features have been added to the simulator after Chang (1990). Other capabilities of 

UTCOMP are the followings: K-value option for phase behavior calculations, higher order 

total variation diminishing (TVD) finite difference method, variable-width cross-section 

option, tracer flooding, polymer flooding, surfactant flooding, gas-foam flooding, 

asphaltene precipitation, CO2 sequestration in aquifers, gas-foam flooding, black-oil 

model, and several non-isothermal processes. 

IPhreeqc is open source modules of the PHREEQC geochemical package 

(Parkhurst and Appelo 1999, 2013). IPhreeqc is identical to PHREEQC in modeling 

capability with the addition of an interface through which a reservoir simulator can 

efficiently communicate with the PHREEQC geochemical package (Korrani, 2014; 

Korrani et al., 2016a; Tavassoli et al., 2015; Farajzadeh et al., 2012; Sanaei et al., 2017; 

2019a,b; Abouie et al., 2017; 2019). This geochemical package is capable of handling 

variety of geochemical reactions such as aqueous, mineral, gas, solid-solution, surface-

complexation, and ion-exchange equilibria. It can also perform speciation and saturation 

index calculation; batch-reaction and one-dimensional transport; reversible and irreversible 

reactions; kinetic reaction, mixing solutions; inverse modeling in which the temperature 

(van’t Hoff expression or an analytical expression is used) and pressure effects are included 

(Parkhurst and Appelo, 1999; 2013). One of the advantages of PHREEQC is that the 

available databases can be modified/extended by defining new reactions, specifying rates 

for reactions, or removing predefined reactions. Moreover, PHREEQC is capable of 
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handling solubility reactions of various gases along with reactions occurring in the aqueous 

phase.  

Korrani (2014) coupled IPhreeqc with UTCOMP to develop a robust reactive-

transport simulator to model low salinity water injection. Since UTCOMP is coupled with 

IPhreeqc, all the geochemical capabilities of PHREEQC is applied in this multi-

dimensional, multi-phase compositional reservoir simulator to model various reactive-

transport problems. In UTCOMP-IPhreeqc, all the data transfer between IPhreeqc and 

UTCOMP is performed without writing and reading the input and output files. The 

coupling procedure is detailed in Korrani (2014). 

A simplified flowchart of UTCOMP-IPhreeqc is presented in Figure 2-13. It should 

be noted that the hydrocarbon effect on the aqueous-rock geochemistry is excluded in this 

simplified flowchart and will be comprehensively discussed in Chapter 3. Simulation starts 

with the initialization step in which the phase behavior calculation is performed, gridblock 

pressures are corrected for gridblock depths, and constant terms of the transmissibilities 

are calculated. After the initialization step, at each timestep, pressure equation is implicitly 

solved. The pressure equation is derived assuming that the pore volume is equal to the total 

fluid volume (Chang, 1990):  

 

 (2.25) 

where  

 total fluid volume  

 pore volume  

 pressure  

 component moles. 

   t PV P,N V P ,
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In the above equation the fluid volume is a function of both pressure and total 

number of moles of each component, Ni, and the pore volume is only a function of pressure. 

Differentiating both volumes with respect to time, assuming a slightly compressible 

formation, and substituting the derivatives with respective terms lead us to the final form 

of the pressure equation as  
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 (2.26) 

where 

 

  pore volume at reference pressure  

 formation compressibility  

 total fluid volume  

 pressure  

 time  

 bulk volume  

 number of components 

 the partial derivative of total fluid volume with respect to component i  

 number of phases 

 absolute permeability diagonal tensor  

 relative mobility of phase j  
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 molar density of phase j 

 mole fraction of component i in phase j 

 capillary pressure of phase 2 and phase j  

 specific weight of phase j  

 depth from the datum plane  

 porosity  

 dispersion tensor  

 saturation of phase j 

 molar flowrate of component i.  

In this equation, the pressure of the oil phase is considered to be the reference 

pressure, and other phase pressures can be computed using the equation: 

 

2 .j c jP P P   (2.27) 
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Figure 2-13: Simplified UTCOMP-IPhreeqc calculation flowchart. 

After calculation of the basic parameters and discretization of the pressure equation, 

a system of linear equations is formed and solved for the pressure of each gridblock. There 

are several robust numerical solvers available in UTCOMP to solve various types of linear 

system of equations.  

After solution of the pressure equation, the gridblock porosity is updated at the new 

pressure. Then, mass conservation equation is explicitly solved to calculate total moles of 

hydrocarbon components in every gridblock. This equation is a set of coupled, non-linear, 
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partial differential equations with ncnp+6np+2 variables. The mass conservation equation 

in UTCOMP is written as (Chang, 1990):   
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(2.28) 

where 

 

  number of moles of component i  

 time  

 bulk volume  

 number of phases 

 molar density of phase j  

 absolute permeability diagonal tensor  

 relative mobility of phase j  

 mole fraction of component i in phase j  

 pressure  

 specific weight of phase j  

 depth from the datum plane  

 porosity  

 saturation of phase j 

 dispersion tensor  

 molar flowrate of component i.  

In the mass conservation equation, physical dispersion is modeled using the full 

dispersion tensor as presented in Eq. (2.29): 

iN 

t 

bV 

pn 

j 

k 

rj 

ijx 

P 

j 

D 

 

jS 

K 

iq 



 65 

 

,

xx xy xz

yx yy yz

zx zy zz ij

K K K

K K K K

K K K

 
 

  
 
 

 (2.29) 

where 

 

 dispersion tensor  

 diagonal elements of the dispersion tensor for component i in phase j  

 
off-diagonal elements of the dispersion tensor for component i in 

phase j  

The elements of the above contain contributions from two sources: molecular 

diffusion and mechanical dispersion. Also, in the mass conservation equation, qi is the 

molar flow rate of component i which can be positive or negative for injection and 

production well blocks, respectively. If the gridblock is not a well block, qi is set to zero. 

Details for discretization of the mass and pressure equation is well described in Chang 

(1990). 

Modeling reactive-transport processes requires transport of geochemical elements 

in the aqueous phase. Therefore, to handle the geochemical reactions, the mass 

conservation equation should be solved for geochemical elements at each timestep. It 

should be noted that in UTCOMP-IPhreeqc, mass conservation equation is solved for 

geochemical elements rather than the geochemical species. This assumption results in less 

computational time since the mass conservation equation is solved for less components. 

However, if the fluid species have different molecular diffusion this assumption becomes 
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invalid. The mass conservation equation for the geochemical elements is presented in Eq. 

(2.30) (Korrani, 2014): 
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 (2.30) 

where 

 

 moles of geochemical species i  

 time  

 bulk volume  

 mass density of phase j  

 geochemical elements concentration  

 total flux of phase j  

 porosity  

 saturation of phase j  

 dispersion tensor  

 molar flowrate of geochemical species i  

 number of geochemical species 

 absolute permeability diagonal tensor  

 relative mobility of phase j  

 pressure of phase j  

 specific weight of phase j  

 depth from the datum plane.  
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Eq. (2.30) is similar to Eq. (2.28); however, the latter is written based on phase 

mass densities while phase molar densities is used in the mass conservation equation of 

geochemical elements. Full discretization of the Eq. (2.30), the transmissibility equations 

and the approximations for the physical dispersion terms for the transport of geochemical 

elements are detailed in Korrani (2014).  

Once the mass conservation equation is solved and concentration of geochemical 

components are known, composition of brine solution in the geochemical package 

(IPhreeqc) is updated and the geochemical calculation is performed to find the new 

equilibrium state at each gridblock. 

After solving the pressure equation and the mass conservation equation for 

hydrocarbon and geochemical components, and performing geochemical calculations, 

flash calculation is performed to determine the number of hydrocarbon phases, their 

amounts and phase compositions.  The phase behavior is modeled using Peng-Robinson 

equation of state (PR EOS) (Peng and Robinson, 1976) or a modified version of Redlich-

Kwong EOS (RK EOS) (Turek et al., 1984). It should be noted that Mohebbinia (2013) 

implemented a four-phase flash algorithm in UTCOMP to include the aqueous phase in the 

phase behavior calculations. The inclusion of the aqueous phase in the phase behavior 

calculations in conjunction with geochemical calculations is comprehensively covered in 

Chapter 3.  

Next step in UTCOMP-IPhreeqc flowchart is to calculate phase saturations using 

the obtained phase molar amounts and densities from the flash calculation. The algorithm 

is followed by calculation of relative permeability and capillary pressure. Different relative 

permeability models such as Baker’s model (Delshad and Pope, 1989), modified Stone's 

model II (Stone, 1973), Pope's model (Delshad and Pope, 1989), Corey's model (Corey et 

al., 1956), and Corey's Model with trapping (Pope et al., 2000) are included in this 
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simulator. For non-isothermal processes, gridblock temperatures are calculated by solving 

the energy balance equation. Finally, rock and fluid properties are updated to be used in 

the next timestep. This algorithm is repeated to the end of the simulation. 

2.3 MODEL DEVELOPMENT 

Early models of low salinity water injection consider total salinity as a component 

in the aqueous phase and model transport of this component. These models lack 

comprehensive geochemical calculations and relate flow equations such as relative 

permeability and capillary pressure to the total salinity. However, as discussed in the 

literature review, different ions and various geochemical reactions can affect this process 

which is neglected in the earlier models of engineered waterflooding. On the other hand, 

several other models use interpolating technique to model wettability alteration. In these 

models, depending on the defined mechanism and rock type, an interpolating parameter is 

defined and modeled. While these models are mechanistic and usually rely on 

comprehensive geochemical calculations, they are developed based on core-scale 

experimental observations and are case-dependent. Thus, a comprehensive wettability 

alteration model that captures the mechanism of engineered waterflooding at different 

length scales for different rock types is required.  

The rest of this chapter focuses on development of a model to capture the 

mechanisms of engineered waterflooding at small length scales and predict its performance 

in field-scale scenarios. The developed wettability alteration model is based on the SCM 

and contact angle calculation, and is implemented in UTCOMP-IPhreeqc. At each step of 

the model development, the results are compared with experimental data to validate the 

model. We use DLVO (Derjaguin, Landau, Verwey, and Overbeek) theory (Derjaguin and 

Landau 1993; Verwey and Overbeek 1955) to calculate the attractive/repulsive forces 
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between oil/brine and brine/rock interfaces and calculate contact angle. We implement 

surface complexation reactions in our model to accurately calculate zeta potentials at both 

oil/brine and brine/rock interfaces. We compare the predictions of zeta potential, contact 

angle, and state of wettability using our model and those reported in the literature. We 

further validate our approach using recently published low salinity waterflooding of 

carbonate cores. Finally, the model is used to assess the performance of engineered 

waterflooding in field-scale cases.  

2.3.1. Electrical Double Layer and Zeta Potential 

The behavior of aqueous ions in the vicinity of a charged interface can be explained 

by the concept of “electrical double layer” (EDL). In an electrolyte solution, the particle 

surface is negatively or positively charged, which becomes neutralized by attracting 

dissimilarly charged ions. Electrical double layer consists of two layers: the Stern layer and 

the diffusive layer. The attracted ion may reach the solid surface, bond to the surface, and 

reside in the Stern layer. Usually, charge in the Stern layer does not balance the surface 

charge; thus co-ions and counter-ions may reside close to the surface in the diffusive layer 

to satisfy electrical neutrality of the EDL. Figure 2-14 demonstrates a schematic of the 

electrical double layer and its relation with the surface and zeta potentials.  
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Figure 2-14: A schematic of the diffusive electrical double layer. A negatively charge 

particle in an electrolyte solution. Cations bond to the surface in the Stern 

layer, or reside close to the surface in the diffusive layer to neutralize the 

negative surface charge. Beyond the diffusive layer bulk water is unaffected 

by the presence of the surface. 

The electrical potential at the surface is called surface potential and is the greatest. 

However, the density of counter-ions decreases with distance from the particle surface, 

which reduces the electrical potential. The electrical potential becomes zero far from the 

surface, where the ion concentration is similar to the bulk electrolyte solution (Zhu and 
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Anderson, 2002; Takahashi, 2009). The potential at the Stern layer is defined as Stern 

potential. It is typically assumed that the excess charge in the diffusive layer is mobile 

beyond a plane called “shear” or “slip” plane. The potential at the shear plane is called zeta 

potential. Zeta potential is experimentally measured using electrophoresis or streaming 

potential methods.  

The zeta potential,  , is calculated with the Gouy-Chapmann relation of 
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in which 0r is the reduced surface potential given by 
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and 0  is the surface potential and can be estimated as a function of temperature and pH 

using Nernst equation 

 

 0 02.3 ,Bk T
pH pH

e


 
   

 
 (2.34) 

where pH0 is the isoelectric point of the surface. The surface has a positive zeta potential 

below and a negative zeta potential above the isoelectric pH (pH at which zeta potential 

becomes zero). In the developed model in this study, there is no need to use Nernst equation 

as 0  is obtained from PHREEQC geochemical calculations, directly. Finally, the zeta 

potential is calculated at a distance x from the surface: 

 

 ,x   (2.35) 

 

where   is the zeta potential and x is the location of the shear plane. In the literature, a 

value of 0.6 nm is suggested for the location of the shear plane; however, if the 

experimental data are available, x can be adjusted to match the measured   vs. pH 

(Buckley et al., 1989). In this study, similar to Buckley et al. (1989), Hirasaki (1991a) and 

Korrani and Jerauld (2019), location of the shear plane is tuned as a function of brine total 

ionic strength. Shear plane location is varied from 0.3 nm for high salinity brines to 2 nm 

for low salinity brines.  

2.3.2. Surface Complexation Model (SCM) 

SCMs relate charges on oil and rock surfaces and water chemistry. In order to 

calculate the zeta potentials of the corresponding EDL at oil/brine and brine/rock 

interfaces, we first calculate the surface potentials using the SCM. For this purpose, 

different surface complexation reactions are defined for oil surface and rock surface 
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depending on the rock type. We define these surface complexation reactions in PHREEQC. 

Moreover, we define a diffusive layer model to account for the double layer interactions at 

both surfaces. 

Furthermore, similar to Hiorth et al. (2010), we assume that the surface 

complexation reaction equilibrium constants (Log K) have similar temperature dependency 

as the equilibrium constants in the aqueous phase reactions. Next, we relate the obtained 

surface potentials to the zeta potential using the Gouy-Chapman’s formulation presented 

in Eqs. (2.31) to (2.33). To validate the implemented surface complexation reactions in the 

PHREEQC, the calculated zeta potentials are compared and validated with the measured 

zeta potentials of oil and rock surfaces. 

2.3.2.1 Oil Surface Charge 

Total acid and base numbers (TAN and TBN) correspond to carboxylic acid and 

nitrogen base groups that are present at the oil/brine interface. Oils with high TBN/TAN 

ratio have relatively high pH at zero surface charge. As TBN/TAN ratio decreases, oil/brine 

surface charge becomes more negative because in this case the dissociation of carboxylic 

acid dominates the surface interactions. Similar to previous studies (Brady et al., 2012; 

Brady and Thyne 2016), we considered two main complexation-reaction sites at the oil 

surface. The surface complexation reactions are presented in Table 2-1. –NH and –COOH 

are the carboxylate and nitrogen base groups. Figure 2-15 presents a schematic 

configuration of the oil/brine interface including oil surface groups. 
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Figure 2-15: Schematic configuration of oil/brine interface including carboxylate and base 

surface groups. 

2.3.2.2 Calcite Surface Charge 

In order to implement calcite surface complexation reactions, consistent with 

previous studies (Brady et al., 2012; Brady and Thyne, 2016; Mahani et al., 2017a), two 

main complexation reaction sites (groups) are exposed on calcite surface: calcium 

(>CaOH) and carbonate (>CO3H) groups. We characterized the surface complexation 

reactions at the brine/calcite interface in terms of these two groups and are schematically 

presented in Figure 2-16. The surface complexation reactions involving these two groups 

are summarized in Table 2-1. 

 

 

Figure 2-16: Schematic configuration of brine/calcite interface including calcium and 

carbonate surface groups (modified from Mahani et al. (2017a)). 
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Table 2-1: Surface Complexation reactions of oil and calcite surfaces (reported equilibrium 

constants are at 25 ̊C)  

Surface Reactions Log K 
aOil surface 

2NH H NH      6.0 

COOH COO H      -5.0 
2COOH Ca COOCa H        -3.8 
2COOH Mg COOMg H        -4.0b 

cCalcite surface 

2CaOH H CaOH      11.85 

3 3 2CaOH HCO CaCO H O      5.8 

2

2 4 4 2CaOH SO CaSO H O        2.1 

3 3CO H CO H      -5.1 

2

3 3CO H Ca CO Ca H        -2.6 

2

3 3CO H Mg CO Mg H        -2.6 

a. From Brady et al. (2012). 

b. From Brady and Kramhunsl (2012). 

c. Equilibrium constants are similar to the ones reported by Van Cappelen et al. 

(1993), Pokrovsky and Schott (1999), Pokrovsky et al. (1999), Brady and Thyne 

(2016). 

2.3.2.3 Sandstone Surface Charge 

Sandstone reservoirs contain several minerals including quartz as the main mineral, 

feldspar, carbonates, and clays. Clays dominate the reactive surface area due to smaller 

grain size, sheet morphology, and higher surface area compared to other minerals in 

sandstones. Surface area of quartz grains are less than 0.1 m2/g, while this value for clays 

varies from 10 (kaolinite) to 100 (Illite) m2/g (Brady et al., 2012; 2015). Hence, it is 

important to consider clays as the main cause of oil adhesion to or oil release from the rock 

surface in sandstones. Table 2-2 lists the surface complexation reactions of quartz and 

kaolinite minerals with the considered equilibrium constants. 
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Table 2-2: Surface Complexation reactions of quartz and kaolinite edge surfaces (reported 

equilibrium constants are at 25 ̊C). 

Surface Reactions Log K 

aQuartz surface  

 SiOH SiO H      -4.0 

2  SiOH Ca SiOCa H        -9.7 

 SiOH CaOH SiOCaOH H       -4.5 

a,bKaolinite edge surfaces  

2  AlOH AlOH H      -3.0 

 AlOH AlO H      -3.8 

2  AlOH Ca AlOCa H        -9.7 

 AlOH CaOH AlOCaOH H       -4.5 

 SiOH SiO H      -7.0 

2  SiOH Ca SiOCa H        -9.7 

 SiOH CaOH SiOCaOH H       -4.5 

a. Brady et al. (2015). 

b. From Brady et al. (2012). 

2.3.3. DLVO Theory and Disjoining Pressure 

The DLVO theory was developed by Derjaguin and Landau and Verwey and 

Overbeek (Derjaguin and Landau, 1941; Verwey and Overbeek, 1955). In this theory, the 

interaction of attractive and repulsive forces is considered in the vicinity of a charged 

colloidal surface in an electrolyte solution. The net force based on DLVO theory is used to 

explain the wetting film stability (Hirasaki, 1991a; Buckley et al., 1989; Ward et al., 1999; 

Drummond and Israelachvili, 2004; Schembre et al., 2006; Takahashi, 2009). The total 

disjoining pressure is the summation of the Van der Waals (VdW) force, the electrical 

double layer (EDL) force, and the structural force per unit area (Hirasaki, 1991a) given by 

  

       ,t VdW EDL sh h h h     (2.36) 
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where 

 

 t h   total disjoining pressure 

 VdW h   Van der Waals force per unit area 

 EDL h   electrical double layer force per unit area 

 s h  structural force per unit area. 

The disjoining pressure dictates the thickness of the water film which ultimately 

controls the wettability state of the brine/rock system. In an oil/brine/rock system, a 

positive disjoining pressure corresponds to repulsive forces between oil/brine and 

brine/rock surfaces, stable water film and a more water-wet system. On the other hand, a 

negative disjoining pressure corresponds to attractive forces, unstable water film and a 

more oil-wet system. 

In the following subsections, we summarize the procedure of calculating each 

component of the disjoining pressure. 

2.3.3.1 Van der Waals (VdW) Forces 

The VdW force per unit area, VdW , between two parallel plates is calculated as 

follows: 
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(2.37) 

 

where h is the separating distance between the two plates and A is the Hamaker constant in 

an oil/brine/rock system. The Hamaker constant is a function of dielectric constants and 

refractive indices of the materials (Israelachivili, 2011). Lifshitz theory (Lifshitz, 1956), 
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which is based on quantum field theory, is used to calculate the Hamaker constant. Based 

on this theory, the Hamaker constant for two macroscopic phases 1 and 2 (oil and mineral) 

interacting across medium 3 (brine) is 
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and 
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(2.40) 

where 

 

A  Hamaker constant 

0A  zero-frequency contributions to Hamaker constant 

0A  finite-frequency contributions to Hamaker constant 

Bk  Boltzmann’s constant 

T   Temperature 

in   refractive index of phase i 

e   electric adsorption frequency in the UV and is typically around 3×1015 

s-1 

i   zero-frequency dielectric constant of phase i 

h  separating distance. 
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For two similar surfaces, 0A   and 0A   are always positive and VdW force is 

always attractive; however, for dissimilar surfaces, dielectric constants and refractive 

indices of materials dictate the state of VdW force. In an oil/brine/rock system, w r o     

and, w r on n n   which results in a positive Hamaker constant and attractive VdW force. 

Israelachvili (2011) presents dielectric constants and refractive indices of water and various 

hydrocarbon and mineral components. 

Israelachvili (2011) states that the nature of zero-frequency contribution to the 

VdW force is electrostatic interaction force. Thus, in brines with free ions, all electrostatic 

fields become “screened” due to displacement of the charges. As a result, in aqueous 

solutions, the zero-frequency needs to be corrected for the salinity screening effect. 

According to Israelachvili (2011) and Sadeqi-Moqadam et al. (2016), a screened electric 

field exponentially decays with distance, and the Hamaker constant is calculated from 
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where   is the inverse of Debye length which is a characteristic of the EDL and is 

calculated from 
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where 

 
1    Debye length 

Bk  Boltzmann’s constant 

e  constant electrostatic potential of surface 2 
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r   relative dielectric constant of water 

0  vacuum permittivity 

T   absolute temperature 

I  ionic strength 

AN  Avogadro’s number. 

The salinity screening effect on VdW force was also experimentally observed by 

Marra (1986). Marra (1986) measured VdW forces in various solutions with different 

salinities between two uncharged lipid bilayers. It was shown that the Hamaker constant 

was reduced from 7×10-21 J in pure water to 3×10-21 J in 0.1 M NaCl solution. 

2.3.3.2 Electrical Double Layer (EDL) Forces 

Electrical double layer forces can act as repulsive or attractive forces depending on 

the surface potentials of the two interfaces and the separating distance (h). According to 

the Gouy-Chapman model of the electrical double layer around a charged colloidal particle, 

the EDL potential at any point in the system is defined as (Israelachivili, 2011) 
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where 

 
   electrostatic potential 

0in   bulk ion number density 

e  electronic charge 

Bk  Boltzmann’s constant 

T   absolute temperature 

iz  valence of the ionic species i 
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  dielectric constant. 

This equation is known as Poisson-Boltzmann equation (PBE), which is highly 

non-linear, and an exact solution needs to be numerically derived. However, at low surface 

potentials ( 1i

B

z e

k T


 ) Debye-Huckel approximation can be used to linearize the equation 

and derive an analytical solution.  

Sadeqi-Moqadam et al. (2016) solved the PBE using analytical and numerical 

approaches, with different boundary conditions, to calculate contact angle. They compared 

the results with the measured contact angles and indicated that the exact solution of PBE 

with constant charge boundary condition on oil/brine interface, and constant potential 

boundary on brine/rock interface, gives the most accurate result. The results of their study 

also show a good prediction of contact angle behavior with the analytical solution of PBE 

and constant potential boundary condition. In this study, to get the surface potential 

distribution between two dissimilar surfaces, we used constant potential boundary 

condition to solve the PBE as it gives a reliable prediction of contact angle. Moreover, this 

procedure is not computationally expensive and can be used in a reactive-transport 

compositional simulator. Moreover, we calculate the change in potential energy from the 

interaction between two double layers to calculate the EDL interaction potential and the 

EDL force. Below, we present derivation of the solution of PBE and EDL interaction 

potential and force. 

We solve this equation for a system with two flat surfaces with constant potential 

surfaces ( 1  and 2 ). Figure 2-17 illustrates the configuration of the system. 
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Figure 2-17: Schematic configuration of the two charged surfaces. Two surfaces have 

different charges with different constant potentials ( 1  and 2 ). 

As mentioned above, Eq. (2.43) can be linearized for low potentials where 1i

B

z e

k T




. Therefore, PBE simplifies to 

 
2 2 ,     

 

(2.44) 

 

where   is the inverse of Debye length.  

Eq. (2.44) is solved with two constant potential boundaries of 1  and 2  at the two 

interfaces.  PBE in one-dimensional Cartesian coordinates simplifies to 
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Solution of this equation yields 

 
cosh( ) Bsinh( ),A z z     (2.46) 
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where A and B are constants, which are determined with the following two boundary 

conditions at the interfaces: 
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(2.47) 

Applying these boundary conditions to Eq. (2.46) and solving for A and B, the final 

potential distribution between the plates obtained as 
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(2.48) 

where 

 
   electrostatic potential 

1   constant electrostatic potential of surface 1 

2   constant electrostatic potential of surface 2 

  Boltzmann’s constant 

T   absolute temperature 

iz  valence of the ionic species i 

  dielectric constant. 

Now that the potential distribution inside the two interfaces is calculated, we can 

compute the EDL forces. To calculate the EDL interaction force, first, we need to calculate 

the potential energy of interaction between flat double layers (similar to configuration 

presented in Figure 2-17). The potential energy of interaction between two double layers 

is equal to the change in free energy of the system, when the plates are brought together 

from infinity (Hogg et al., 1966). Thus, 
 

,hW G G G     
 

(2.49) 
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where  hG  and G  are the free energies of the double layer system when the plates are at 

distance of h and infinity, respectively. Verwey and Overbeek (1955) indicated that for 

constant small surface potentials, the free energy of a single double layer is 
 

1
,

2
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(2.50) 

 

where σ is the surface charge density. Thus, hG  is equal to the sum of the free energies of 

the separate double layers and is calculated from 
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(2.51) 

Moreover, the surface charge density at a plane surface is given by 
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(2.52) 

By substituting Eq. (2.52) into Eq. (2.51) surface charge densities at the two plates 

are found as 
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and 
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(2.54) 

 

Substituting into Eq. (2.51) for σ1 and σ2 results in 
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(2.55) 
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and similarly, G  is 

 

 2 2
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(2.56) 

 

Eqs. (2.55) and (2.56) are substituted in Eq. (2.49) to calculate the EDL potential 

as 
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(2.57) 

We calculate the negative derivative of interaction potential with respect to the 

separating distance and simplify the equation to obtain the force per unit area or disjoining 

pressure due to EDL potential,  EDL h  as 
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(2.58) 

where 

 

bn  ion density in the bulk solution 

1r  reduced surface potential of surface 1 

2r  reduced surface potential of surface 2 

  Boltzmann’s constant 

T   absolute temperature 

Bk  Boltzmann’s constant 

h  separating distance. 

2.3.3.3 Structural Forces 

While EDL and VdW forces are long-ranged, structural forces are repulsive and 

short-ranged, which impact the disjoining pressure at distances below 5 nm (Hirasaki, 



 86 

1991a; Hunter, 2001; Takahashi and Kovscek, 2010). The structural force per unit area can 

be calculated as 

 

  ,s

h

h

s sh A e


   

 

(2.59) 

where As is the coefficient and hs is the characteristic decay length for structural forces. In 

this research, we assumed values of 101.5 10 Pa and 0.05 nm for As and hs, respectively 

(Hirasaki, 1991a). 

2.3.4. Contact Angle Calculation  

The thermodynamics of wettability requires a description of the region where three 

phases come together at the contact line as shown in Figure 2-18. We employ DLVO theory 

to estimate the interaction forces acting between the rock and oil surfaces (dissimilar 

surfaces and potentials) in a brine medium. We assume the two surfaces (oil and rock) are 

separated at a specific distance, representative of the water film thickness, and calculate 

the force per unit area or the disjoining pressure, Π, as discussed in section 2.3.3.  

 

 

Figure 2-18: Schematic configuration of oil/brine/rock system. Ψ1 and Ψ2 are surface 

potentials at oil/brine and brine/rock interfaces, respectively. h0 is the limiting 

water film thickness, h∞ is water thickness where the two surface interaction 

potentials become negligible, σ is the IFT, and ϴ is the contact angle. 
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The disjoining pressure can be negative or positive, representing attractive or 

repulsive forces between the two surfaces, respectively. Moreover, in an oil/brine/rock 

system, the interfaces are at equilibrium if chemical potentials and temperatures of the 

phases are equal. At equilibrium, the augmented Young-Laplace equation holds, as 

indicated in Eq. (2.60): 

 

2c mP C     
 

(2.60) 

where 

 

 
cP   capillary pressure 

   total disjoining pressure  

mC  mean curvature 

  interfacial tension (IFT) between oil and water phases 

According to this equation, since one of the phases is a flat-surface solid, as the 

thickness (h) goes toward infinity, the disjoining pressure goes to zero and Eq. (2.61) 

simplifies to the conventional Young-Laplace equation. On the other hand, when h goes 

toward the limiting water film thickness (h0), as shown in Figure 2-18, the curvature 

becomes zero and Eq. (2.60) simplifies to 

 

 0 .cP h  
 

(2.61) 

Replacing Eqs. (2.49), (2.58), and (2.59) into Eq. (2.61) results in a non-linear 

equation that can be solved numerically for h0. We use Newton-Raphson method to solve 

this equation. It is assumed that the meniscus indicated in Figure 2-18 has a constant 

curvature and the extrapolation of the edge of the oil meniscus to the solid surface gives 

the contact angle (θ).  
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To calculate the contact angle, we need to integrate the augmented Young-Laplace 

equation. Before integration, we need to simplify this equation. We assume the system is 

symmetric; therefore, twice the mean curvature is equal to the curvature of the interfacial 

edge. The curvature of oil edge is also defined as the change rate of the inclination angle 

with respect to the arc length, s. Thus, 
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(2.62) 

 

After simplification, 
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(2.63) 

The mean curvature can be replaced in Eq. (2.62) to get the following first-order 

differential equation: 
 

 cos .cd P dh     

 

(2.64) 

 

We integrate this equation with the lower limit over the uniform film thickness 

(limiting water film thickness) where the contact angle is zero. As discussed before, over 

the uniform limiting thickness, the term (𝑃𝑐 − Π) is zero and therefore Eq. (2.64) becomes 
 

 
0

1
1 cos .

h

c

h

P dh


    
 

(2.65) 

Contact angle is calculated as (Hirasaki, 1991a,b; Takahashi, 2009; Alshakhs and 

Kovscek, 2016) 
  

(2.66) 
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where 

 

 
cP   capillary pressure 

   total disjoining pressure  

0h   limiting water film thickness 

  interfacial tension (IFT) between oil and water phases 

h  separating distance 

   contact angle. 

2.3.5. Wettability Alteration Modeling 

Our geochemistry model for the oil/brine/rock system is used here to investigate 

the effect of engineered water injection on wettability alteration and changes in contact 

angle under different conditions. We model wettability alteration due to changes in water 

chemistry as a function of changes in contact angle. According to the augmented Young-

Laplace equation, the contact angle is a function of IFT, capillary pressure, and disjoining 

pressure. Thus, a small change in these parameters affect the contact angle and wettability 

of the rock. Moreover, changes in water chemistry alter zeta potentials at oil/brine and 

rock/brine interfaces, which affect EDL force and the corresponding disjoining pressure. 

We define an interpolating parameter as a function of contact angle to dynamically 

wettability alteration due to injection of engineered water. Two initial (θi) and final (θf) 

contact angles representing initial and final wettability state of the system are defined.  An 

interpolating parameter, , in Eq. (2.67) is incorporated to interpolate relative permeability 

and capillary pressure of the rock between two sets of oil- and water-wet. 
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(2.67) 

where 

 

   interpolating parameter 

 ,x t   contact angle at position x and time t 

i   initial contact angle 

f   final contact angle 

One advantage of defining interpolating parameter as a function of contact angle is 

that θi and θf are both calculated using Eq. (2.66) during the initialization and are not tuning 

parameters. θi is calculated when in-situ brine, oil, and rock are in equilibrium and θf is 

calculated when engineered brine, oil, and rock are in equilibrium. Initially, prior to the 

modified-salinity water injection,   is 0 and θ is equal to θi. As the engineered water is 

injected, θ goes towards θf and   increases until reaches to its maximum value of 1. 

Ultimately, altered relative permeability and capillary pressure are calculated using 

equations below: 

 

 1 ,                  ,altered oil wet water wet

rl rl rlk k k l o w       
 

(2.68) 

 

 1 ,altered oil wet water wet

cow cow cowP P P      
 

(2.69) 

 

where 
altered

rlk , 
oil wet

rlk 
, and 

water wet

rlk 
 are altered, oil-wet, and water-wet relative 

permeability, respectively. 
altered

cowP ,
oil wet

cowP 
, and 

water wet

cowP 
 are altered, oil-wet, and water-

wet capillary pressure between oil and water phases, respectively.  
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2.3.6 Engineered Waterfloodig Modeling Workflow 

To model EWF process in carbonate and sandstones using UTCOMP-IPhreeqc, we 

use following procedure: 

1) Employing PHREEQC, an SCM for oil/brine and brine/rock interfaces is 

developed to calculate the zeta potential at these two surfaces.  

2) A water film is considered between oil and rock and the DLVO theory is 

used to calculate the interaction potential and forces between oil/brine and 

brine/rock interfaces.  

3) The augmented Young-Laplace equation is used to calculate the resulting 

contact angle of the system.  

4) An interpolating parameter is defined as a function of the calculated contact 

angle to predict wettability alteration.  

The geochemistry model was implemented in UTCOMP-IPhreeqc to investigate 

the effect of modified salinity water injection on wettability alteration and enhanced oil 

recovery. Figure 2-19 shows the simplified algorithm of UTCOMP-IPhreeqc with addition 

of the abovementioned steps to model EWF. 
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Figure 2-19: UTCOMP-IPhreeqc calculation flow chart. The colored steps show our 

implemented geochemical computations to model EWF. 
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2.4. APPLICATION OF DLVO THEORY IN MODELING EWF 

In this section, we investigate the effect of changing water chemistry on disjoining 

pressure and wettability state of the system. We present a base case to calculate disjoining 

pressure components and study the effect of surface potential on the behavior of disjoining 

pressure and contact angle. We also assess the effect of water chemistry on the behavior of 

the total disjoining pressure. Finally, we assess the applicability of the developed model in 

screening and designing the injected water before performing rigorous and complicated 

reactive-transport simulations.  

A simple code is developed to compute the components of disjoining pressure from 

DLVO theory. Also, contact angle for an oil/brine/rock system is calculated using the 

implemented algorithm. We use the developed algorithm as a simple tool to evaluate the 

efficiency of changing water chemistry and surface potentials in changing the wettability 

state of the system. Surface potentials of the oil/brine and brine/rock interfaces; refractive 

indices and dielectric constants of oil, brine, and rock; capillary pressure; and interfacial 

tension of the oil/brine are the inputs to the code.  

2.4.1 Description of Base Case Model for DLVO Verification 

To verify our model and investigate the effect of surface forces on wettability and 

contact angle, we designed a base case with oil/brine/rock system. The parameters used in 

our model are provided in Table 2-3.  

First, we assumed the surface electrical potential is -50 mV for both rock and crude 

oils at neutral pH in a pure NaCl brine solution with the ionic strength of 0.01 M. It should 

be noted that this base case model is not a representative of a carbonate or sandstone rock 

system and is only used to investigate the effect of surface forces on wettability and contact 

angle variation. We calculated each individual component of the disjoining pressure and 
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the total disjoining pressure isotherms as indicated in Figure 2-20. In this system, EDL 

forces are repulsive because oil/brine and brine/rock interfaces have the same charge. 

Moreover, VdW forces are attractive, and structural forces are repulsive here, which 

significantly contribute to the disjoining pressure when the limiting distance is below 1 nm. 

Table 2-3: Model parameters for the base case. 

Parameter Value (Unit) 

Ψ1 -50 (mV) 

Ψ2 -50 (mV) 

I 0.01 (M) 

A 1×10-20 (J) 

T 25 ( ͦ C) 

IFT 25 (mN/m) 

Ak 1.5×107 (kPa) 

hs 0.05 (nm) 

 

Second, we performed a sensitivity analysis by changing the values of surface 

potentials of the second surface to -30, 0, and +50 mV while keeping the first surface 

potential constant at -50 mV. All other properties of the system were kept the same as in 

the base case (Table 2-2.). We calculated the total disjoining pressure and the contact angle 

using Eqs. (2.36) and (2.66), respectively. Figures 2-21 and 2-22 show the results of our 

sensitivity study. The results of disjoining pressure calculation show repulsive forces when 

both interfaces are negatively charged in this system. However, when the surface potential 

of the second surface is positive or equal to zero, EDL forces are attractive and the total 

disjoining pressure is negative. This alters the system from water-wet to oil-wet. 
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Figure 2-20: Individual components of the disjoining pressure isotherm for the base case. 

 

 

Figure 2-21: Disjoining pressure isotherms as a function of the film thickness for different 

second surface potentials, Ψ1 = -50 mV and I = 0.01 M. 
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Figure 2-22 presents the calculated contact angle as a function of the limiting 

distance for the aforementioned scenarios. As the surface electrical potential of the second 

surface is varied the contact angle significantly changes, confirming that the wettability 

alteration of the system is due to the changes in surface forces. As the surface potential of 

the second surface deviates from that of the first surface, the contact angle increases 

because the EDL contribution to the interaction potential decreases and the EDL force 

becomes negative. This also translates to more oil-wet surface as the EDL forces become 

attractive and contact angle increases. Similar trends of disjoining pressure isotherm 

components and contact angles were reported by Hirasaki (1991a) and Alshakhs and 

Kovscek (2016). 

 

  

Figure 2-22: Contact angles as a function of limiting thickness of the water film for 

different second surface potentials, Ψ1 = -50 mV and I = 0.01 M. 
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2.4.2. Effect of Brine Composition on the Disjoining Pressure 

 To study the effect of the cation type on disjoining pressure, we considered a 

specific oil/brine/sandstone system. The zeta potentials used in this study for oil/brine and 

brine/rock interfaces are measured zeta potentials from Nasrella et al. (2014) and are 

presented in Table 2-4.  Figure 2-23 illustrates the effect of cation type on the disjoining 

pressure at a constant ion concentration. Divalent cations give rise to the negative 

disjoining pressure; however, the monovalent cations indicate positive disjoining pressure 

at the same concentration. This is because of the presence of divalent cations which makes 

both oil/brine and sandstone/brine surfaces less negatively charged, which in turn results 

in more attractive disjoining pressure as compared to monovalent cations. 

Table 2-4: Oil/brine and brine/rock surface potentials for various solutions (from Nasrella 

et al., 2014). 

Electrolyte type 

Ion 

concentration 

(wt.%) 

Ionic 

Strength 

(M) 

Brine/sandstone 

zeta potential 

oil/brine 

zeta potential 

NaCl 

0.2 0.034 -35 -25 

1 0.171 -29 -12 

5 0.856 -12 -5 

MgCl2 

0.2 0.063 -9 -16 

1 0.316 -3 -4 

5 1.575 -2 -3 

CaCl2 

0.2 0.054 -10 -16 

1 0.270 -4 -2 

5 1.352 12 1 
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Figure 2-23: Total disjoining pressure as a function of the separating distance for different 

cation types at 0.2 wt.% ion concentration. 

Electrolytes concentration affects ionic strength, the Debye length and the zeta 

potential according to Eqs. (2.42) and (2.31), respectively. We examined the effect of the 

monovalent cation (NaCl brine) concentration and the divalent cation (CaCl2) 

concentration on the disjoining pressure. Figures 2-24 and 2-25 illustrate the effect of ion 

concentration on the disjoining pressure. Since divalent cations have strong affinity to 

compact the double layer expansion, only a 0.2 wt% of CaCl2 results in negative disjoining 

pressure and increasing the concentration will not change the EDL forces and disjoining 

pressure. However, a 0.2 wt% of NaCl brine (monovalent cation) results in positive 

disjoining pressure. For this system, as salinity decreases the disjoining pressure becomes 

positive and shifts outward due to reduced electrostatic screening. This suggests that 

changing the concentration of NaCl solutions from 5 wt% to 0.2 wt% alters the disjoining 

pressure from negative to positive. On the other hand, changing CaCl2 concentration from 
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5 wt% to 0.2 wt% does not significantly change the disjoining pressure suggesting the 

detrimental effect of divalent cations to the low salinity effect in a sandstone rock. 

 

 

Figure 2-24: Total disjoining pressure as a function of separating distance for various 0.2-

5 wt% NaCl brines. 
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Figure 2-25: Total disjoining pressure as a function of separating distance for various 0.2-

5 wt% CaCl2 brines. 

2.5 VALIDATION OF CONTACT ANGLE CALCULATION 

We compare the values of contact angle predicted using the DLVO theory with 

those measured in the lab. We collected data from the literature, in which, for a specific 

experiment, zeta potentials between oil/brine and brine/rock interfaces as well as the 

contact angle of the system were measured and well documented. We collected data for 

both quartz and calcite rocks representing sandstone and carbonate reservoirs, respectively.   

In order to calculate contact angle, we first calculated the limiting water thickness 

using Eq. (2.61), assuming capillary pressure of zero. Next, we calculated the DLVO forces 

using the experimental data and zeta potential measurements. It should be noted that the 

experimentally measured zeta potentials are used to calculate surface potentials for DLVO 

disjoining pressure calculations. We used Eq. (2.66) to calculate the contact angle as a 

function of IFT, capillary pressure, and the calculated disjoining pressure.  
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2.5.1 Case 1: Oil/Brine/Quartz System 

Sadeqi-Moqadam et al. (2016) prepared oil emulsions and solutions of powdered 

quartz to measure zeta potentials. Oil emulsions were prepared by adding 2 ml of oil to the 

solution with desired salinity and pH. Also, 10 mg powdered quartz was dispersed in 30 

ml of brine solution to measure brine/rock zeta potential. Zeta potentials were measured 

for solutions with 0.1 M, 0.01 M, and 0.001 M NaCl concentration at pH range of 4-10. 

Moreover, a substrate of crystalline quartz with high purity (more than 95% SiO2) was used 

to measure contact angle at different pH and salinities. IFT was measured for different 

solutions of pHs and salinities at oil/brine interface. The measured IFT of the solutions was 

also used in contact angle calculations. Figure 2-26 compares the measured contact angles 

with the calculated contact angles for this system. 

 

 

Figure 2-26: DLVO predicted contact angles compared with experimental measured 

contact angles of Sadeqi-Moqadam et al. (2016) for a quartz surface at 

different NaCl concentrations for pH ranging from 4 to 10. 
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According to this figure decreasing the salinity of the solution reduces the contact 

angle and the system becomes more water-wet. Also, for a solution with constant ionic 

strength, increasing the pH, decreases the contact angle. Comparison of experimental data 

with the calculated contact angle reveals that although, the exact measured contact angles 

were not reproduced, the change in contact angle as a function of salinity and pH is 

consistent with the measured values. It should be noted that inclusion of salinity screening 

effect in calculating the Hamaker constant is important for reliable calculation of contact 

angle. The results also attest to the applicability of conventional low salinity water injection 

in changing the wettability toward a more water-wet system in an oil/brine/quartz system 

with monovalent cations. 

2.5.2 Case 2: Oil/Brine/Calcite System 

Alshakhs and Kovscek (2016) conducted experiments to study the effect of divalent 

ions on incremental oil recovery from carbonates. They hypothesized that addition of 

MgSO4 to the brine can increase oil recovery as was previously observed in spontaneous 

imbibition tests performed on chalk cores. The measured zeta potentials for oil/brine and 

brine/powdered calcite systems for two solutions with identical ionic strengths: seawater 

and MgSO4 enriched seawater. They also measured contact angles for the same solutions 

and performed coreflooding experiments to relate the contact angle measurement results to 

the observed oil recovery from the corefloods. We used the measured zeta potentials with 

brine properties to calculate the contact angle with the measured ones. Figure 2-27 

illustrates the comparison of contact angle measurements with the DLVO predictions. 
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Figure 2-27: DLVO predicted contact angles compared with experimental measured 

contact angles for a calcite surface with seawater and MgSO4 brines. The 

seawater contains 17.2 kppm Na+, 2.1 kppm Mg+2, 4.3 kppm SO4-2, and 31 

kppm Cl-. The MgSO4 brine contains 10.2 kppm Na+, 3.5 kppm Mg+2, 8.9 

kppm SO4-2, and 22.5 kppm Cl-. Experimental data from Alshakhs and 

Kovscek (2016). 

For a calcite surface, as concentrations of divalent cations (Mg+2 and SO4
-2) 

increase, the contact angle decreases and the system becomes more water-wet. This is 

against the conventional LSE and can be explained on the basis of the initial brine/calcite 

zeta potential. For this system, oil/brine and brine/rock interfaces initially have negative 

and positive surface potentials, respectively. If divalent ions concentrations increase in 

brine, both surface potentials become more negative and the EDL force becomes more 

repulsive. As a result, the disjoining pressure increases, the contact angle decreases and the 

system becomes more water-wet. For both scenarios considered here, the DLVO theory 

prediction of contact angle does not exactly match the measured contact angle values. 

However, the direction of the change in the contact angle as the brine composition is varied 

is accurately predicted by the DLVO theory and is in line with the experiment observations. 
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2.6. VALIDATION OF THE SURFACE COMPLEXATION MODEL 

To validate our implemented surface complexation model, we compare the 

predictions of model with experimental data for sandstone, oil and calcite surfaces 

surrounded by brine. The effect of potential-determining ions (PDIs) (Mg+2, Ca+2, SO4
-2) 

and pH on calcite zeta potential is modeled and compared with experimental zeta potential 

measurements. Furthermore, the effect of pH and ionic strength on the zeta potential of a 

Berea sandstone/brine rock and glass/brine systems is investigated and compared with the 

results of the measured zeta potentials from a published experiment. Moreover, the effect 

of ionic strength and pH on oil zeta potential is modeled and compared with experimental 

data. 

2.6.1. Calcite Zeta Potential 

We assumed specific surface area of 1.2 m2/g for calcite (Hiorth et al., 2010; Brady 

et al., 2012; Tagavifar et al., 2018). In modeling natural calcite zeta potentials there are 

two main uncertainties involved with SCM development: 1. a wide range of site densities 

are reported for carbonate rocks and the reported values are discrepant, including 2, 2.45, 

and 5 sites/nm2 (Hiorth et al., 2010; Brady et al., 2012; Mahani et al., 2017a, respectively). 

2. Similarly, a wide range of reaction constants are reported for different surface 

complexation reactions of carbonates. Carbonate reservoir rocks, unlike crystalline calcite, 

contain impurities, which affect the reaction constants in SCM. Moreover, some proposed 

SCMs are developed for environmental applications and are not designed for high saline 

environments. Reaction constants for surface complexation reactions of calcite from 

different sources are reported in Table 2-5. Thus, the developed SCM needs to be validated 

to be used for the reactive-transport simulation of low salinity waterflooding. 
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Table 2-5: Reported Log Ks for calcite surface complexation reactions at 25 ̊C. 

Surface Reactions 

Van 

Cappellen 

et al. 
(1993) 

Pokrovsky 

et al. 
(1999) 

Wolthers 

et al. 
(2008) 

Hiorth 

et al. 
(2010) 

Brady 

and 

Thyne 

(2016) 

2CaOH H CaOH      12.2 11.5 12.2 12.9 11.85 

3 3 2CaOH HCO CaCO H O      3.3 5.6 4.9 3.32 4.28 
2

2 4 4 2CaOH SO CaSO H O        - 2.89 2.89 2.1 2.1 

3 3CO H CO H      -4.9 -5.1 -4.9 -4.9 -5.1 

2

3 3CO H Ca CO Ca H        -2.8 -1.7 -2.8 -3.16 -2.6 

2

3 3CO H Mg CO Mg H        - -2.2 -2.2 -3.17 -2.6 

 

 To validate SCMs, we tuned reaction constants and surface site densities within 

the reported values for different studied rock types to match zeta potential measurements. 

Figure 2-28 compares results of our zeta potential prediction to experimental zeta potential 

measurements of Thompson and Pownall (1989). Similar to their experimental design, 

calcite is dispersed in 0.005 M NaCl at temperature of 25 ̊C, and pH is adjusted by the 

addition of NaOH. We used the same equilibrium constants presented in Table 2-1 with a 

total site density of 2.1 sites/nm2 to match the measured zeta potential data. As seen in 

Figure 2-28, consistent with the literature, the zeta potential of synthetic calcite becomes 

increasingly negative with increasing solution pH. 
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Figure 2-28: Influence of solution pH on zeta potential of calcite dispersed in 0.005 M 

NaCl solution. The circles show experimentally measured zeta potential 

(1989), and solid line presents our model prediction. 

The effect of PDIs on calcite zeta potential was investigated by Zhang and Austad 

(2006) and Zhang et al. (2007). Zhang and Austad (2006) measured the zeta potential of 

4wt% powdered Steven Klint chalk cores in contact with 0.573 M NaCl when MgCl2 or 

Na2SO4 was added to the solution. Zhang et al. (2017) performed similar experiments by 

adding CaCl2 to the electrolyte solution. The solution pH was kept constant at 8.4 and 

experiments were conducted at room temperature. We designed similar scenario by 

considering 4wt% calcite in contact with brine at room temperature and gradually adding 

MgCl2, Na2SO4, and CaCl2 to match the experimental data. A total site density of 4 

sites/nm2 was considered, and Log K values were slightly tuned to match the experimental 

data. The adjusted reaction constants are reported in Table 2-1 and are in the range of values 

reported in Table 2-5. Figure 2-29 presents comparison of calcite zeta potential prediction 
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of the model to experimental data. It should be noted that since two different carbonate 

rocks (Synthetic calcite in Thompson and Pownell (1989), Steven Klints chalk in Zhang 

and Austad (2006) and Zhang et al. (2007)) were used, the value of site densities are varied 

for the two experiments within the reported range of 2-5 sites/nm2. 

As seen in Figure 2-29, the potential charge on calcite surface increases by the 

gradual increase in Ca+2 and Mg+2 concentration, and decreases by increasing SO4
-2 

concentration. Therefore, in this system, if the oil/brine interface is negatively charged, 

Mg+2 or Ca+2 concentrations should be reduced to yield a more negative zeta potential at 

brine/rock interface. This can be also achieved by addition of sulfate in presence of divalent 

cations or simple brine dilution. Moreover, if the oil/brine interface is positively charged, 

an increase in Mg+2 and Ca+2 concentrations results in more positive zeta potential at 

brine/rock interface. Thus, in this case, increasing divalent ion concentrations results in a 

more water-wet system as observed in some previous studies (e. g. Jackson et al. (2016)). 
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(a) 

 

 
(b) 

Figure 2-29: Effect of PDIs on calcite zeta potential. Symbols present experimental data 

and solid lines are our model predictions. (a) CaCl2 and Na2SO4 were 

gradually added to the solution. Experimental data from Zhang and Austad 

(2006). (b) MgCl2 and Na2SO4 were gradually added to the solution. 

Experimental data from Zhang et al. (2007).  
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2.6.2. Sandstone Zeta Potential 

Surface complexations reactions of quartz and kaolinite, as presented in Table 2-2, 

are used to model zeta potential in a sandstone/brine system. Consistent with literature 

(Brady et al. 2015), we assumed specific surface area of 0.1 m2/g and 100 m2/g for quartz 

and kaolinite, respectively. Surface site densities for both >AlOH and >SiOH varies in a 

range of 0.4-6 sites/nm2 for clays and are considered as a tuning parameter in this study.  

Shehta and Naser-El-Din (2017), prepared rock/mineral suspension and Buff Brea 

sandstone/brine samples by adding 0.2 g of powdered solids to 20 mg of brine (1wt% 

solution). The brine is considered 0.5 wt% NaCl and zeta potential is measured at constant 

temperature of 25 ̊C. The pH was adjusted using either acetic acid or sodium hydroxide. 

We replicate the same experiment in PHREEEQC and adjusted the pH by adding NaOH. 

In order to match the experimental results, we considered surface site densities and also the 

location of shear plane as the tuning parameters. Figure 2-30 compares the results of 

surface complexation model with that of the experiments. It is observed that the developed 

model reliably predicts zeta potential behavior. This figure shows that an increase in pH 

results in zeta potential reduction which corresponds more repulsion between the oil and 

rock surface and more water-wet surface if the oil/brine surface is negatively charged.  
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Figure 2-30: Influence of solution pH on zeta potential of Buff Berea sandstone dispersed 

in 0.5 wt% NaCl solution. The circles show experimentally measured zeta 

potential (Shehta and Naser-El-Din, 2017), and solid line presents our model 

prediction. 

Buckley et al. (1989) prepared suspension of ground glass by adding 50 mg of the 

crushed glass in 20 mL of the brine with ionic strength of 0.1 M and 0.01 M NaCl. 

Measured and simulated zeta potential for this system as the pH and ionic strength vary are 

compared in Figure 2-31. It is observed that lowering the ionic strength and increasing the 

pH reduces the zeta potential. In order to match the experimental results, we adjusted the 

surface cite densities and the location of the shear plane. 
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Figure 2-31: Effect of NaCl concentration and pH on ground glass/brine zeta potential. 

Symbols present experimental data (Buckley et al., 1989) and solid lines are 

our model prediction. 

2.6.3. Oil Zeta Potential 

Unlike calcite SCM, site density of carboxylate and nitrogen base groups in an oil 

SCM are not tuned and can be calculated using the reported acidic and basic numbers (TAN 

and TBN) from the oil properties. Eqs. (2.70) and (2.71), are used to calculate carboxylate 

and base site densities from TAN and TBN, respectively (Eftekhari et al., 2017): 
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where 0.602 × 106 is the conversion factor from mol/m2 to sites/m2. Also 

 

COOHc  site density of carboxylate groups in sites/m2 

NHc   site density of nitrogen base groups in sites/m2 

TAN   acid number in mg of KOH/g of oil 

TBN   base number in mg of KOH/g of oil 

KOHMW  potassium hydroxide molecular weight in g/mol 

oila   specific surface area of oil in m2/g 

To validate our oil SCM, we used the experimental data of Buckley et al. (1989). 

Buckley et al. (1989) prepared emulsions of 4-mL crude oil in 100-mL water at room 

temperature to measure the zeta potential as a function of pH and ionic strength. We used 

Log K value of oil surface complexation reactions as a tuning parameter. Moreover, we 

considered a specific surface area of 3.7 m2/g based on the average oil drop size of 1 micron 

for ST-86 crude oil. Figure 2-32 indicates a comparison of our model prediction versus 

measured oil zeta potentials for 0.1, 0.01, and 0.001 M NaCl solutions. 

From Figure 2-32, it is evident that decreasing ionic strength and increasing pH 

reduce the crude oil surface charge. Also, our model accurately predicts the isoelectric pH 

of this oil at 4.25. There is a mismatch between the model prediction and experimental data 

of zeta potential at pH range of 5-8 for 0.001 M NaCl solution. We believe this might be 

due to inconsistency in the reported experimental data since the zeta potentials become 

larger than that of 0.01 M NaCl in the same pH range. We use validated surface 

complexation reactions for oil, calcite, and sandstone surfaces to calculate surface 

potentials in the rest of this chapter. 
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Figure 2-32: Effect of NaCl concentration and pH on oil zeta potential for ST-86 crude oil. 

Symbols present experimental data (Buckley et al., 1989) and solid lines are 

our model prediction. 

2.7. COREFLOOD HISTORY MATCHING  

In previous sections, the developed SCMs were validated by comparing the 

measured zeta potentials with the calculated ones for different oil/brine/rock systems. 

Moreover, the results of contact angle calculation were compared with experimental 

measurements for two systems of oil/brine/quartz and oil/brine/calcite. The contact angle 

calculation showed the model can reliably predict the change in contact angle as water 

chemistry changes. As explained in section 2.3, the developed model is implemented in 

UTCOMP-IPhreeqc to model engineered waterflooding scenarios. In this section, we use 

the developed procedure to history match three different low salinity water injection 

corefloods in two carbonates and one sandstone core. 
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2.7.1 Case 1: Engineered Waterflooding at High Temperature in a Limestone Core  

Gupta et al. (2011) conducted a series of engineered waterflooding coreflooding in 

dolomite and limestone cores from West Texas and the Middle East, respectively. They 

modified injection water composition in each coreflood by selective removing or adding 

ions and measured oil recovery responses. All cores were 1.5 in. in diameter and 2 in. in 

length. Calcite were the main constituent of limestone cores (>99% calcite), while dolomite 

cores were 82% dolomitized. A dead oil from a Middle Eastern reservoir was used in all 

experiments with total acid number of 0.11 mg KOH/g oil. Oil viscosity and density was 

measured to be 1.13 cp and 0.797g/cc at experiment condition (250 ̊F and 4000 psi), 

respectively. 

After cleaning the cores and measuring petrophysical properties of the cores, they 

were saturated with formation brine and centrifuged to obtain initial water saturation. To 

restore core wettability, dead crude oil was flooded into the core and aged at experiment 

temperature for six weeks. Coreflooding was started by formation water injection at a rate 

of 0.1 cc/min until no more oil was extracted from the core. After formation water injection, 

the brine was switched to the engineered brine and coreflooding was continued until no 

more oil was observed. Modified formation water, seawater, seawater without sulfate, 

seawater without calcium or magnesium or both, enriched borate seawater, enriched 

phosphate seawater, and enriched sulfate seawater were used in different experiments. 

However, ion histories were only measured for the experiment in which sulfate was 

removed from the seawater. In other experiments, only oil recovery and differential 

pressure data were reported. 

We model a coreflood in which ~14 PV of “seawater without sulfate” (SW w/o 

SO4
-2) was injected following ~11 PV of formation waterflooding. The composition of the 

“formation” and “SW w/o SO4
-2” brines are reported in Table 2-6.  
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Table 2-6: Formation Water (FW) and seawater without sulfate (“SW w/o SO4
-2”) ion 

concentrations (Gupta et al., 2011). 

Ion Formation water (FW) (ppm) SW w/o SO4
-2 (ppm) 

Na+ 51,820 9,245 

K+ 0 391 

Mg+2 1,282 1,094 

Ca+2 15,992 521 

Cl- 111,717 18,719 

SO4
-2 0 0 

CO3
-2 391 0 

TDS (mg/L) 181,202 29,970 

 

The experiment was performed at temperature of 250 ̊F and 4000 psi pore pressure, 

and 1000 psi net confining pressure. The brines were injected from the bottom of the core 

and fluids were produced at the top. Similar to the core mineralogy we consider calcite as 

the main rock constituent. We furthermore define a dead oil composition in the model to 

reproduce the measured density and viscosity at the experimental condition. We designed 

a 1D simulation model with the properties indicated in Table 2-7 to replicate the 

experiment. Consistent with the experiment, 20.2% initial water saturation is considered in 

the model. Before start of the simulation, equilibrium contact angles for initial and final 

states of the oil/brine/rock system is calculated using PHREEQC. This step is performed 

to calculate upper and lower limits of contact angle for interpolating parameter calculation. 

Measured IFT of 21 dynes/cm is considered in contact angle calculation. Assumptions and 

matching parameters considered in our modeling procedure are as follows: 

Assumptions 

 Wettability alteration as a consequence of the change in surface charges is 

considered as the underlying mechanism of LSE. Other potential 
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mechanisms focusing on liquid-liquid interactions have not been considered 

in this study. 

 Capillary pressure model of UTCOMP, an extension of Peery and Herron 

(1969), as a function of interfacial tension, permeability, porosity and 

saturation is used. The oil/water capillary pressure is computed as 
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(2.72) 

 

where Cpc and Epc are tuning parameters and should be determined by 

matching oil/water capillary pressure measured curves. 1S  is the normalized 

water saturation and ow is the oil/water IFT. Due to lack of capillary 

pressure data, we assumed Cpc of 2 for both initial and altered capillary 

pressure curves. Epc was considered 2 and 1.5 for initial and altered capillary 

pressure curves, respectively. 

 Validated SCMs for both oil and calcite surface were used with the modified 

value of Log K at the experiment temperature of 250 ̊F.  

 Although there is no potassium in the injected formation water, in-situ 

water, and minerals in the rock; some traces of potassium were measured in 

the lab. We assumed 20 ppm potassium in the in-situ and injected formation 

water to account for this inconsistency. 

 Mg+2 ion histories are not considered in history matching process as the 

reported data were inaccurate. 
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 Pitzer.dat database of IPhreeqc was used for geochemical calculations. This 

database was found to be more accurate for high salinity applications 

(Parkhurst and Appelo, 2013).  

Tuning parameters 

 Saturation index of calcite: we assumed that the fluid velocity is high 

enough to introduce kinetics of calcite in the model through super-/under-

saturation.  

 Relative permeability: we considered two sets of oil-and water-wet relative 

permeability to model wettability alteration. Oil-wet relative permeability 

parameters are tuned to history match the high salinity water injection and 

water-wet relative permeability parameters are acquired by low salinity 

waterflooding history matching. Relative permeability curves are shown in 

Figure 2-33. 

 Site densities: after tuning, we considered site densities of 1 and 4 sites/nm2 

for >CO3H and >CaOH surface groups, respectively. We used site density 

of the base group as a tuning parameter in our study because TBN was not 

reported in the experiment. Site density of the carboxylate group was 

calculated using reported TAN from Eq. (2.70). 
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Table 2-7: Properties of the simulation model for the coreflood experiment 

Parameter Value (Unit) 

Dimension 0.11×0.11×0.00667 (ft3) 

No. of gridblocks 1×1×25 

Porosity 20.32 (%) 

Swi 20.2 (%) 

Permeability 2.69 (md) 

Pressure 4000 (psi) 

Temperature 250 (̊F) 

Injection rate 0.1 (mL/min) 

 

 

Figure 2-33: Initial and altered relative permeability curves. 
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Ion histories were measured after 6 PV of formations water as indicated in Figure 

2-34. The results presented in this figure shows a good match between the measured and 

simulated ion histories. To match ion histories, surface site densities of the calcite/brine 

interface were the main tuning parameters. According to this figure, potassium and sulfate 

concentrations change more sharply compared to calcium ion concentration, after brine 

switching. Gupta et al. (2011) speculated that this can be because of the strong contrast 

between the concentrations of calcium ion between the two injected brines. However, we 

believe this is due to the calcite dissolution that occurs due to low salinity water injection, 

which releases calcium ions from rock dissolution. This is confirmed by simulation results. 

 

 

Figure 2-34: UTCOMP-IPhreeqc simulated against measured (Gupta et al., 2011) ion 

histories. 

Figures 2-35 and 2-36 demonstrate the comparison between measured and model 

predictions of oil recovery and pressure data, respectively. It is observed that formation 
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water injection recovers about 65% OOIP after 11 pore volumes. 10% additional oil was 

recovered following another 14 PV of “SW w/o SO4
-2” injection. The simulation model 

agrees well with the measured oil recovery and pressure drop as seen in Figures 2-35 and 

2-36. 

  

 

Figure 2-35: Comparison of simulated and measured (Gupta et al., 2011) oil recovery. 
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Figure 2-36: Comparison of simulated and measured (Gupta et al., 2011) pressure drop 

along the core. 

The results of contact angle calculation showed that, initially contact angle is 22 

and after switching the injection brine to “SW w/o SO4
-2”, the final contact angle reduces 

to 17. This wettability alteration and contact angle change are a consequence of changes in 

surface charges and surface potentials at the two interfaces. It should be noted that both 

initial and final calculated contact angles represent strong water-wet system. As noted in 

section 2.5, calculated contact angle using DLVO theory does not represent the actual 

contact angle and wettability of the system. However, the change in contact angle which 

shows the change in wettability of the system is well predicted by DLVO theory and is 

used in our models. Figure 2-37 shows the histories of surface potentials at the core outlet 

gridblock. Initially, oil/brine surface potential is negatively charged with surface potential 

of -9.7 mV and brine/calcite surface potential is positively charged with surface potential 

of 8.8 mV. As the low salinity water is injected, both surface potentials became more 
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negative and reduced to -56 mV and -18.8 mV for oil/brine and brine/calcite interfaces, 

respectively. 

 

 

Figure 2-37: History of surface potentials at the core outlet gridblock (GB 1,1,25) for 

oil/brine and brine/calcite interfaces. 

2.7.2 Case 2: Diluted Seawater Injection at High Temperature in a Limestone Core 

Chandrasekhar et al. (2016) used different core plugs of a limestone reservoir to 

study low salinity water injection in carbonate cores. The cores were cleaned, dried in the 

oven, and characterized for air petrophysical properties. Then the cores were vacuum-

saturated with the formation brine and permeability was measured. The cores were then 

flooded by oil at pressure drops of greater than 400 psi to reduce water saturation. To 

restore core wettability, core plugs were aged in the crude oil at 80 ̊C for more than 30 

days. Oil viscosity and acid number was 1.05 cp (at 120 ̊C) and 2.45 mg KOH/ g oil, 

respectively. Prior to the water injection, the core holder and injection fluids were kept in 
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an oven for 8 hours at experiment temperature of 120 ̊C. Core holder was mounted 

vertically and 2 PV of crude oil was injected to freshen the core. Initial oil saturation of 

76% was measured before start of waterflooding. Waterflooding was initiated with 5 pore 

volume (PV) of formation water (FW) followed by 9 PV of 50-fold-diluted seawater 

(SW/50) at a rate of 1 ft/day. The pore pressure was kept constant at 75 psi and temperature 

was kept at 120 ̊C. Brine compositions are given in Table 2-8. Ion histories and oil recovery 

were recorded during the experiment and are used for history matching. 

Table 2-8: Formation Water (FW) and SW/50 ion concentrations (Chandrasekhar et al., 

2016). 

Ion Formation water (FW) (ppm) SW/50 (ppm) 

Na+ 49,933 274 

Mg+2 3,284 32 

Ca+2 14,501 10 

Cl- 111,810 489 

SO4
-2 234 66 

Ionic strength (M) 3.658 0.017 

TDS (mg/L) 179730 872 

 

Similar to the coreflood design, we simulated a 2D vertical core model with the 

injection at the bottom and production at the top. Similar to the reported core mineralogy, 

calcite (99 wt.%) and dolomite (1 wt.%) were considered as the two major constituents of 

the rock. Consistent with the experiment, an initial water saturation of 0.24 is considered. 

Initial and final contact angles of the oil/brine/rock system of the model were calculated 

based on the calculated surface potentials when FW and SW/50 brines are in equilibrium 

with oil and calcite at experiment conditions. These values found to be 48.3̊ and 21.9̊, and 

were used in interpolating parameter (ω) calculation.  
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The properties of the model are all consistent with the reported coreflood design 

(Table 2-9). Assumptions and matching parameters considered in our modeling procedure 

are as follows: 

Assumptions 

 Wettability alteration as a consequence of the change in surface charges is 

considered as the underlying mechanism of LSE. Other potential 

mechanisms focusing on liquid-liquid interactions have not been considered 

in this study. 

 Due to the high injection rate and the core length (1 ft.), capillary end effects 

are not observed, and capillary pressure is neglected in our simulation 

model. 

 Validated SCMs for both oil and calcite surface were used with the modified 

value of Log K at the experiment temperature of 120 ̊C.  

 IFT of 20 mN/m were assumed in our contact angle calculations. While 

assuming this parameter might affect the calculated contact angle values, 

but the change in contact angle will not be affected and the change in 

wettability state and interpolating parameter stays the same.  

 Pitzer.dat database of IPhreeqc was used for geochemical calculations. This 

database was found to be more accurate for high salinity applications 

(Parkhurst and Appelo, 2013).  

 A synthetic dead oil composition is used to reproduce the oil viscosity and 

density reported by Chandrasekhar et al. (2016) at experiment conditions.  
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Tuning parameters 

 Saturation indices of minerals: we assumed that the fluid velocity is high 

enough to introduce kinetics of minerals in the model through super-/under-

saturation.  

 Relative permeability: we considered two sets of oil-and water-wet relative 

permeability with parameters indicated in Table 2-9. Oil-wet relative 

permeability parameters are tuned to history match the high salinity water 

injection and water-wet relative permeability parameters are acquired by 

low salinity waterflooding history matching.  

 Site densities: after tuning, we considered site densities of 1 and 4 sites/nm2 

for >CO3H and >CaOH surface groups, respectively. We used site density 

of the base group as a tuning parameter in our study because TBN was not 

reported in the experiment. 

Figures 2-38 and 2-39 compare simulation results and experimental data of oil 

recovery and effluent ion histories, respectively. Similar to the coreflood experiment, 40% 

oil was recovered after 4 PV FW injection and an additional 32% oil recovery was observed 

after 9 PV of SW/50 brine injection. As seen in these figures, our model shows a good 

match between the simulated and experimental oil recovery, sodium, sulfate and 

magnesium ion histories. However, our predictions of calcium and magnesium 

concentrations are somehow underestimated compared to the experimental results. We 

believe the mismatch is due to the ignorance of kinetics of calcite dissolution. If we wanted 

to get a perfect match for either calcium or magnesium, the other would have been 

mismatched. Therefore, we tried to get the best match as possible by incorporating 
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saturation indices of dolomite and calcite in our model (saturation indices of 0.5 and -0.4 

for calcite and dolomite, respectively).   

Table 2-9: Properties of the simulation model for the coreflood experiment. 

Parameter Value (Unit) 

Simulation model 

Dimension 0.11×0.11×0.24 (ft3) 

No. of gridblocks 5×1×25 

Porosity 15.4 (%) 

Vertical permeability 10 (md) 

Horizontal permeability 0.1 (md) 

Pressure 75 (psi) 

Temperature 120 (ͦC) 

Injection rate 0.0366 (mL/min) 

Relative permeability 

 OW/WW 

Water endpoint relative permeability 0.2/0.2 

Oil endpoint relative permeability 0.65/0.95 

Water residual saturation 0.24/0.2 

Oil residual saturation 0.42/0.2 

Water relative permeability exponent 1.5/1.5 

Oil relative permeability exponent 3.0/1.0 
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Figure 2-38: Comparison of simulated and measured (Chandrasekhar et al., 2016) 

coreflood oil recovery. 

 

Figure 2-39: UTCOMP-IPhreeqc simulated results against measured (Chandrasekhar et al., 

2016) ion histories.  



 128 

The effect of low salinity water injection on contact angle and wettability alteration 

is presented in Figure 2-40. The history of contact angle and interpolating parameter (ω) at 

the production gridblock (gridblock 3,1,1) is presented in this figure. Initially, the system 

is at equilibrium with negative and positive zeta potentials for oil/brine and brine/rock 

interfaces, respectively. When FW brine is injected, the system is still at equilibrium with 

a contact angle of about 48.3̊ and ω =0, corresponding to an initial oil-wet system. With 

SW/50 brine injection, oil/brine and brine/rock zeta potentials become negative which 

results in a repulsive EDL force and contact angle reduction. Further SW/50 injection 

reduced the contact angle to 21.9̊ and ω to 1, corresponding to a strong water-wet system. 

It is worth mentioning that injection of low salinity water resulted in a wettability alteration 

front. As depicted in Figure 2-40, the wettability alteration front reaches to the downstream 

of the core after about 1 PV of low salinity water injection. Moreover, according to Figure 

2-38, oil is gradually recovered after low salinity water injection; however, major 

incremental oil is recovered after wettability alteration front reaches the end of the core 

(after 1 PV of secondary water injection).  
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Figure 2-40: History of calculated contact angle and interpolating parameter at the 

upstream end of the core. 

2.7.3 Case 3: Low Salinity Water Injection in a Sandstone Core 

Kozaki (2012) performed secondary high salinity and low salinity water injection 

to investigate the effect of low salinity waterflooding on residual oil saturation and relative 

permeability in Berea sandstone cores. They prepared synthetic formation brine (SFB) and 

low salinity brine (LSB) with TDS of 33,793 ppm and 1000 ppm for the corefloods, 

respectively. The composition of the brines is presented in Table 2-10. They also used a 

crude oil with a viscosity of 12 cp at 85 ̊C. The core is mainly made of quartz mineral. The 

reported mineralogy of the core is as follows: 86 wt% of quartz, 3 wt% carbonate minerals, 

5 wt% clays, and 6 wt% other minerals. The cores in the experiments were 1 ft. in length 

and 1,5 in. in diameter.  
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Table 2-10: Synthetic Formation Brine (SFB) and Low Salinity Brine (LSB) 

Concentrations (Kozaki, 2012). 

Ion 
Synthetic Formation Brine 

(SFB) (ppm) 

Low Salinity Brine (LSB) 

(ppm) 

NaCl 28,620 1,000 

KCl 650 0 

CaCl2 2,710 0 

MgCl2-6H2O 3,890 0 

TDS (mg/L) 33,793 1,000 

 

After core preparations, N2/CO2 was injected to measure gas permeability followed 

by brine injection at room temperature to measure liquid permeability. After pore volume 

and permeability measurements, experiment temperature was increased to the reservoir 

temperature (85 ̊C) and SFB was injected to restore the connate water salinity in the core. 

Oil was injected into the core, under constant pressure of 100-200 psi, until no more water 

was produced. After oil flooding, the core was immersed in an oil column and aged at 90 ̊C 

for 30-60 days. The core was again oil flooded to calculate oil permeability from the 

measured pressure drop before start of the waterflooding. 

SFB was injected at a flow rate of 0.1 mL/min for 4.6 PV. For high salinity 

waterflooding, reported initial oil saturation and oil end-point relative permeability were 

0.78, and 0.45, respectively. After high salinity water injection, crude oil was injected into 

the core to restore initial oil saturation. The core was aged again and low salinity brine was 

injected at an injection rate of 0.1 mL/min for 9.4 PV. Oil recovery and ion histories were 

measured during both high salinity and low salinity corefloods. For low salinity 

waterflooding, initial oil saturation and oil end-point relative permeability of 0.74, and 0.48 

were measured, respectively.  
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 We designed a 1D model with the properties given in Table 2-11 to model these 

experiments. Similar to the experiment, a synthetic oil composition is used to reproduce 

reported oil viscosity of 12 cp at 85 ̊C. Similar to the reported core mineralogy, quartz, 

kaolinite, illite, calcite, dolomite, and chloride are the considered minerals in equilibrium 

with the oil and brine. Also consistent with the reported mineralogy 5 wt% clay is 

considered in the core.  

Table 2-11: Properties of the simulation model for the Berea sandstone coreflood 

experiment. 

Parameter Value (Unit) 

Dimension 0.039×0.11×0.11 (ft3) 

No. of gridblocks 25×1×1 

Porosity 18.2 (%) 

permeability 83.03 (md) 

Temperature 85 (C̊) 

Injection rate 0.1 (mL/min) 

 

Measured initial oil saturations of 0.78 and 0.74 were used in the simulations for 

high salinity and low salinity brine corefloods, respectively.  Moreover, measured oil end-

point relative permeability was used in the simulations. Residual oil saturation, water end-

point relative permeability, and exponents for oil and water relative permeability, were 

tuned to history match measured oil recoveries. Initial and final contact angles of the 

oil/brine/rock system of the model were calculated based on the calculated surface 

potentials when SFB and LSB brines are in equilibrium with oil and rock at experiment 

conditions. Surface reactions presented in Tables 2-1 and 2-2 were used for oil and 
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sandstone surfaces, respectively. Other assumptions and matching parameters considered 

in our modeling procedure are as follows: 

Assumptions 

 Wettability alteration as a consequence of the change in surface charges is 

considered as the underlying mechanism of LSE.  

 Due to the high injection rate and the core length (1 ft.), capillary end effects 

are not observed, and capillary pressure is neglected in our simulation 

model. 

 Tuned surface-complexation reactions that matched the oil/brine zeta 

potentials of Buckley et al. (1989) and sandstone/brine zeta potentials of 

Shehta and Nasr-El-Din (2017) and Buckley et al. (1989) were used with 

the modified value of Log K at the experiment temperature of 85 ̊C.  

 IFT of 20 mN/m were assumed in our contact angle calculations. 

 phreeqc.dat database of IPhreeqc was used for geochemical calculations.  

Tuning parameters 

 Saturation indices of minerals: we assumed that the fluid velocity is high 

enough to introduce kinetics of minerals in the model through super-/under-

saturation.  

 Relative permeability: we considered two sets of oil-and water-wet relative 

permeability and tuned the residual saturation, water end-point relative 

permeability, and exponents of the relative permeability. Tuned initial and 

final relative permeability curves are presented in Figure 2-41. 



 133 

 Site densities: TAN and TBN of the oil were not reported in the experiment. 

Thus, site density of acid and base group were used as a tuning parameters. 

Moreover, site densities of the >AlOH and >SiOH groups were tuned. 

 Cation exchange capacitance (CEC): An exchanger is required to accurately 

model the ion histories and the CEC is a tuning parameter. 

 

 

Figure 2-41: Initial and altered relative permeability curves of Case 3. 

Figure 2-42 shows simulated oil recovery for high salinity and low salinity 

waterflooding against measured data. Comparison between the measured ion histories and 

simulated ones are presented in Figure 2-43. It is observed that not only the increased oil 

recovery due to low salinity water injection was predicted by the model, but also that the 

change in ion histories was accurately estimated. The oil/brine/rock system, initially, had 
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an equilibrium contact angle of 66.7̊. Injection of LSB led to wettability alteration by 

reducing the contact angle to 54.2̊.  

 

 

Figure 2-42: Comparison of simulated and measured secondary high salinity and low 

salinity coreflood oil recovery of Kozaki (2012). 
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Figure 2-43: Comparison of simulated and measured (Kozaki, 2012) ion history during low 

salinity water injection. 

2.8 FIELD-SCALE SIMULATION OF ENGINEERED WATERFLOODING 

One of the main concerns for implementation of engineered waterflooding in oil 

fields is the scalability of the observed results at small scales to a field-scale scenario. In 

this study, we followed a systematic approach to develop a model that can be used and 

evaluate the efficiency of the process at different length scales. The developed model for 

engineered waterflooding was used to explain the mechanism of the process at small scales 

by performing surface potentials and contact angle calculation. The changes in these 

properties were analyzed as a response to changes in the water chemistry. Furthermore, 

coreflood history-matching was conducted to validate the model for carbonate and 

sandstone corefloods. In this section we employ the developed model to assess the 

applicability and response of engineered waterflooding in a field-scale reservoir model.  
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To perform field-scale simulations the design of Case study 1 in previous section 

is applied to a synthetic five-spot pattern reservoir. The rock mineralogy, formation water 

(FW) and low salinity water (SW w/o SO4
-2) are used from the same case. Moreover, a 

synthetic live oil, corresponding to the dead oil composition used in case 1, is considered 

in the developed reservoir model. The composition and fluid properties of the synthetic 

live oil is presented in Table 2-12. Oil has a viscosity of 0.75 cp and a density of 47.6 lb/ft3, 

at reservoir conditions. 

To mimic the heterogeneity that is common in carbonate reservoirs, random 

permeability and porosity fields are generated using PETREL (Petrel 2018). Permeability 

is assumed isotropic in horizontal direction (kx=ky), while kv=0.1kh. The generated porosity 

and permeability fields have log normal distribution with average values of 0.2 and 200 

md, respectively. Permeability varies from 1 md to 1000 md in the model, while porosity 

changes from 0.05 to 0.35. Correlation lengths are 400, 100, and 20, in major, minor and 

vertical directions, in turns. Moreover, a 45̊ azimuth is assumed for major direction 

orientation.  

Table 2-12: Composition and fluid properties of the designed synthetic live oil. 

Component Mole% PC (psia) TC (̊R) ω 

CO2 4.1 1070.5 547.5 0.225 

C1 30.1 667.0 342.5 0.011 

C4 16 544.3 756.4 0.189 

C7-10 34 412.9 1048.7 0.368 

C15+ 15.8 133.7 1574.9 1.200 
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Dykstra_Parsons coefficient of variation (Dykstra and Parsons, 1950) is a 

dimensionless number and is commonly used to represent the degree of permeability 

heterogeneity in the field.  This coefficient is determined assuming a log-normal 

permeability data distribution and is defined as 
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k k
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(2.73) 

 

where k50 is the permeability value at (% 50) or median and k84.1 is the permeability at (%

84.1), which is one standard deviation from the mean (Peters, 2012). VDP ranges from 0 

to 1, with lower numbers presenting more homogeneous reservoirs. Extremely 

heterogeneous reservoirs have VDP of close to 1 and a homogeneous reservoir has a VDP of 

0. According to Peters (2012), VDP usually varies from 0.5 to 0.9 in petroleum reservoirs. 

For a generated permeability field the Dykastra-Parsons coefficient is 
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(2.74) 

 

The generated porosity and permeability fields are shown in Figures 2-44 and 2-45, 

respectively. Also, location of the four injectors and the producer are indicated in these 

figures.  
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Figure 2-44: Distribution of the absolute permeability (in md) in the x- and y-direction for 

the generated reservoir model. 

 

Figure 2-45: Distribution of porosity for the generated reservoir model. 
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 As shown in reservoir model, at each corner and injector is introduced with 

injection rate of 400 bbls/day. Also, a producer is defined under constant bottom-hole 

pressure of 4000 psia. All five wells are perforated through the reservoir in five layers. 

Moreover, relative permeability of Case 1, as presented in Figure 2-33, is used. Other fluid 

and petrophysical properties of the model is listed in Table 2-13. 

 It should be noted that the effect of CO2 dissolution on aqueous reactions are also 

considered in this model using Henry’s law. The effect of geochemical reactions on oil 

recovery and the performance of low salinity water injection will comprehensively be 

discussed in Chapter 3. Three different cases are designed to conduct the field case study 

of EWF:  

1. High salinity water injection: FW is injected for 3 PVs. 

2. Secondary low salinity water injection: 3 PVs of “SW w/o SO4
-2” is continuously 

injected. 

3. Tertiary low salinity water injection: 1 PV of FW injected, followed by 2 PVs of 

“SW w/o SO4
-2” injection.  
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Table 2-13: Reservoir characteristics for the heterogeneous 3D field case study. 

Parameter Value (Unit) 

No. of gridblocks 12500 (50×50×5) 

Δx 25.0 (ft) 

Δy 25.0 (ft) 

Δz 20.0 (ft) 

Permeability 

x-direction Heterogeneous 

y-direction Heterogeneous 

z-direction Heterogeneous 

Porosity Heterogeneous 

Rock compressibility 20.0×10-6 (psi-1) 

Water compressibility 3.0×10-6 (psi-1) 

Initial water saturation 20.2 (%) 

Irreducible water saturation 0.20 

Reservoir temperature 250.0 (oF) 

Initial pressure 4000.0 (psi) 

Reservoir depth 0. (ft) 

Water viscosity 1.0 (cp) 

Number of wells 5 
4 injectors 

1producer 

Well injection rate 400 (bbls/day) 

Simulation time 3.0 (PV) 

 

Figure 2-46 presents the results of oil recovery for the three studied cases. It is 

observed that the results obtained in coreflooding (Case 1) is well reproduced in the field-

scale scenario. Secondary low salinity water injection increased oil recovery by 

approximately 9% after 1 PV of water injection. Continuous injection of low salinity water 
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for another 2 PVs increased oil recovery from 60.7% for the case of FW injection to 69%. 

This shows over 8% improvement in a field-scale scenario due to low salinity water 

injection. When low salinity water is injected in tertiary scenario after 1 PV of FW 

flooding, the LSE on oil recovery is observed at a later time, after 0.5 PV of low salinity 

waterflooding. However, after 2 PV of low salinity water injection, similar amount of oil 

is recovered compared to the secondary LSWI.  

Figure 2-47 illustrates maps of the calculated contact angle of the first layer at 

different pore volumes during tertiary low salinity waterflooding. According to this figure, 

similar to the coreflooding Case study 1, initially after 1 PV of high salinity water injection 

the oil/brine/calcite system in the reservoir is at equilibrium with contact angle of ~22̊. 

Injecting low salinity water reduces the contact angle to ~17̊ and the wettability becomes 

more favorable. Moreover, the regions that contact angle has changes corresponds to higher 

permeability regions that are swept by the injected low salinity water. Corresponding maps 

also show that it approximately takes 0.6 PV for the injected water to reach to the producer 

and observe the incremental oil recovery. This is in line with the observed incremental oil 

recovery after ~0.5 PV of low salinity waterflooding. 
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Figure 2-46: Simulated oil recovery of the five-spot pattern for secondary high salinity, 

secondary, and tertiary low salinity water injection scenarios. 
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(a) 1.05 PV  (b) 1.2 PV 

      

(c) 1.4 PV  (d) 1.6 PV 

      

(e) 1.8 PV  (f) 2.0 PV 

Figure 2-47: Contact angle map of the first layer at different time lapses of simulation. The 

maps are shown for tertiary LSWI case, after the start of LSWI.  
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Chapter 3:  Effect of Hydrocarbon Components Dissolution in the 

Aqueous Phase on the Aqueous/Rock Geochemistry 

The main objective of this chapter is to study the effect of hydrocarbon component 

dissolution in the aqueous phase on aqueous/rock geochemistry using four-phase flash 

calculation. Background and motivation of four-phase flash calculation and its importance 

in geochemical calculations are presented in the first section of the chapter. An introduction 

of the phase behavior calculation including stability analysis, equilibrium calculation, and 

flash calculations is presented. The chapter is followed by presentation of the four-phase 

flash calculation and its implementation in UTCOMP-IPhreeqc. The iteration loop between 

UTCOMP flash calculation and IPhreeqc is also presented. Finally, case studies are 

presented to compare the predictions of modified equation of state (EOS) vs. those obtained 

using Henry’s law. Moreover, the effect of hydrocarbon dissolution in the aqueous phase 

on the performance of EWF is evaluated. 

3.1 BACKGROUND AND MOTIVATION 

Previous studies indicate that the dissolution of soluble gases into the aqueous 

phase can affect oil recovery (Agarwal et al., 1993). Several studies have included gas 

dissolution into the aqueous phase using Henry’s law. However, the applicability of 

Henry’s law is limited to dilute aqueous systems and cases where the solvent does not 

chemically interact with the dissolved gas (Smith and Harvey, 2007). Conventional cubic 

equation of states (CEOS), such as PR-EOS (Peng and Robinson, 1976) and Soave-

Redlich-Kwong (SRK) EOS (Soave, 1972), are commonly used in compositional reservoir 

simulators for phase behavior predictions of hydrocarbon systems. In order to apply these 

equations for modeling gas solubility in the aqueous phase, modifications to the fluid 

characterization are necessary. Several modifications to CEOSs have been presented in the 
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literature to account for non-ideal mixtures containing water. These modifications usually 

include modification of α-function in the original PR-EOS, modification of Binary 

Interaction Coefficients (BIP) between water and hydrocarbons, or considering different 

mixing rules for polar asymmetric mixtures rather than the conventional Van der Waals 

mixing rule (Peng and Robinson, 1980; Huron and Vidal, 1979; Panagiotopolous and Reid, 

1986).  

Søreide and Whitson (1992) provided a simple and accurate approach for predicting 

mutual solubilities of aqueous/hydrocarbon mixtures at high pressures and temperatures, 

including the effect of the aqueous phase salinity. They proposed two modifications to the 

PR EOS: 1. Developing an α-term in the EOS constant a specifically for the water 

component as a function of salinity and water reduced temperature; 2. defining two sets of 

BIPs in the classical mixing rule for mixture EOS constant as a function of acentric factor, 

temperature, and salinity. They finally validated their procedure by comparing the 

predicted and measured solubility of C1, CO2, and N2 in brines with different salinities. The 

results indicated acceptable accuracy over wide range of pressure and temperature 

conditions. Mohebbinia (2013) and Mohebbinia et al. (2013) implemented an algorithm 

for the phase equilibrium calculations of CO2/hydrocarbon/water systems in UTCOMP. In 

UTCOMP, the aqueous phase is modeled using Henry’s law approximation and water is 

allowed to be present only in the aqueous phase. However, in Mohebbinia’s approach, she 

included the aqueous phase in the phase behavior calculations to allow hydrocarbon 

components to enter the aqueous phase and water component to enter the hydrocarbon 

phases. She used PR-EOS with Søreide and Whitson’s modifications to describe the 

equilibrium between the aqueous and hydrocarbon phases. The developed four-phase flash 

algorithm is then used to study the effect of including water on the phase behavior of two 

West Texas oil/ CO2 mixtures and the oil recovery performance of a CO2 flooding scenario. 
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The results indicated the importance of water inclusion in flash calculation as it 

significantly changes the phase mole fractions and the formation of phase boundaries with 

pressure. Moreover, four-phase flash calculation resulted in a reduction in the amount of 

CO2-rich phase due to CO2 loss in the aqueous phase. Finally, the results of a field CO2 

injection scenario indicated that water inclusion in phase behavior calculations results in a 

longer time to reach a specific oil recovery. 

Korrani (2014) developed an algorithm to include the impact of hydrocarbon 

dissolution on low salinity water injection processes. In UTCOMP-IPhreeqc, flow equation 

and geochemistry equations are solved independent of each other, sequentially, and 

iteratively (sequential iterative approach) until convergence is achieved (Yeh et al., 1989; 

Korrani et al., 2014). Figure 3-1 depicts simplified flowchart of UTCOMP-IPhreeqc 

procedure including the hydrocarbon effect on the aqueous-rock geochemistry.  

At each timestep the pressure equation is implicitly solved, followed by explicit 

calculation of hydrocarbon and brine compositions. To model CO2 transfer between 

hydrocarbon and water phases, an iteration loop is developed. In the iteration loop, first, 

total moles of geochemical elements are updated along with fugacity, and total moles of 

the hydrocarbon component (e.g. CO2) as an equilibrium phase with brine, and is stored in 

IPhreeqc input file. Second, IPhreeqc is run to find the new equilibrium solution and find 

the amount of CO2 dissolved into or evolved from the aqueous phase. Third, total moles of 

CO2 are updated and flash calculations are performed in UTCOMP to find new fugacity. 

Next, the difference between new fugacity and the previous fugacity is compared with a 

desired tolerance. This procedure is repeated until convergence is achieved and CO2 has 

equal fugacity in all present phases in the gridblock. This iteration loop is indicated in blue 

in Figure 1. After finishing this iteration loop, phase saturations are calculated using phase 

molar amounts and molar densities, and finally, all other physical properties are calculated. 
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Hence, Henry’s law is adopted to include hydrocarbon dissolution in the aqueous phase 

and its effect on oil recovery and water-rock interactions.  

 

 

Figure 3-1: UTCOMP-IPhreeqc simplified algorithm including the effect of hydrocarbon 

phase on the aqueous-rock geochemistry using Henry’s law. 

Korrani (2014) evaluated the effect of hydrocarbon dissolution in the aqueous phase 

on a low salinity waterflooding scenario in a carbonate rock. He assumed calcite 

dissolution is the underlying mechanism for wettability alteration due to low salinity 

waterflooding. The results indicated that when the CO2 effect is excluded, more calcite is 

dissolved, front of the wettability alteration penetrates more in the reservoir, thus higher 

oil recovery is observed. 
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3.2 PHASE EQUILIBRIUM CALCULATIONS 

The goal of phase equilibrium calculations is to predict the number, amount, and 

composition of equilibrium phases. To have a robust and efficient phase equilibrium 

algorithm several conditions must be satisfied. First, the molar balance constraints must be 

met. Second, each component must have equal potentials (or fugacity) in all the phases. 

Third, the presented phases must have the minimum Gibbs free energy at constant pressure 

and temperature. Phase equilibrium calculations in compositional simulations is a two-step 

procedure. In the first step, stability analysis is performed to determine if a phase with a 

given composition is stable at a fixed pressure and temperature. In the second step, flash 

calculation is performed to find the amounts and compositions of each phase. The phase 

equilibrium calculation algorithm of UTCOMP was implemented by Perschke (1988) and 

is described in this section. Stationary point location and Gibbs free energy are two 

methods used in this algorithm to perform stability analysis and determine number of 

phases. For flash calculation, accelerated successive substitution (ACS) and Gibbs free 

energy minimization are employed to calculate phase mole ratios and phase compositions.  

Perschke (1988)’s algorithm, similar to prior studies (Michelsen, 1982a,b; Nghiem 

and Li, 1984; Trangenstein, 1987), follows a sequential procedure of phase equilibrium 

calculation. First overall mole composition of the mixture is tested for stability. If the phase 

is unstable, another phase is added, flash calculation is performed and compositions of the 

two phases are found. Next, the stability of one the hydrocarbon phases is tested. If the 

tested phase is found to be stable, a two-phase equilibrium state has reached. However, if 

the tested phase was not stable, another phase is added, followed by flash calculation to 

find the composition of the three hydrocarbon phases. If four-phase equilibrium 

calculations performed, similar procedure is followed by adding another phase, and flash 
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calculation. Thus, in this method, one phase is added at a time, flash calculation performed 

and tested for stability to determine if an additional phase required.  

3.2.1 Phase Stability Analysis 

The stability test for a mixture with overall hydrocarbon composition, z , is done 

by searching for a trial composition, y , which has lower Gibbs free energy than that of a 

single-phase hydrocarbon composition. Thus, the condition is given by 

   
1

,
CN

i i ii
G y y z 


      

 

(3.1) 

 

where i  is the chemical potential of component i. This function is also known as tangent 

plane distance (TPD). If for any set of mole fractions, the value of G  is positive, at 

constant pressure and temperature, the phase is stable. Otherwise, if a set of mole fractions 

can be found in which G <0, the phase is unstable. In this research, the stationary point 

method of Michelsen (1982a) is used to perform phase stability analysis. In this method, a 

search for stationary points of the TPD equation is done and analysis is performed on those 

points.  

To locate the stationary points, the following nonlinear equation is solved:  
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where iY  is the trial composition and the mole fraction, y , is calculated from 
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and  

 ln ln      for 1,...,i i i Ch z z i N   . (3.4) 

Stability of the phase is tested by evaluating the summation of variable Y  in Eq. 

(3.2). If the summation is greater than one, the phase is unstable; otherwise it is stable. 

Successive substitution and Newton-Raphson iteration methods are used to solve Eq. (3.2). 

Thus, in the successive substitution the variable Y  is updated:  

 1 exp ln      for 1,...,k

i i i CY h y i N      . (3.5) 

Solution to Eq. (3.2) is found using Newton-Raphson iteration procedure. In this 

method, the residual variable, ri, is calculated from 

 ln ln      for 1,...,i i i i Cr Y y h i N    . (3.6) 

These nonlinear equations are solved for the independent variables, Yi, using the 

updating equation 

 
11k kY Y J r
   , (3.7) 

where J  is the Jacobian matrix, with size C CN N  whose elements can be computed as  
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 In summary, the followings are the procedure steps for stability analysis: 

1. Calculate hi from Eq. (3.4) 

2. Estimate values of iY .  
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3. Compute the mole fraction composition iy  corresponding to the variables Yi. 

4. Compute component fugacity coefficients by calculating iy  from Eq. (3.3). 

5. Check for the convergence of the successive substitution by satisfying  

max      for 1,...,i con Cr i N  , (3.9) 

where con  is a stopping criteria and is considered 10-8 throughout this 

research.  

6. If convergence was not achieved, the criteria is checked for switching to 

Newton-Raphson method,  

max      for 1,...,i swi Cr i N  . (3.10) 

7. If the switching criterion in the previous step satisfied, go to the next step; 

otherwise update the variable iY  using Eq. (3.5) and go back to step (4).  

8. Calculate the elements of the Jacobian J  by computing the partial derivatives 

using Eq. (3.8). 

9. Update variable iY  using Eq. (3.7).  

10. Calculate the residuals from Eq. (3.6) and check the convergence by 

satisfying Eqs. (3.8) and (3.9).  

11. If the condition in step 10 is not satisfied, go back to step 8.  

After the convergence of stability analysis, the solution should be tested to be 

different from the trivial solution. In other words, the variable y  should be different from

z . To ensure a solution different from the trivial solution the following criteria should be 

satisfied:  
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where trivial  is assumed to be 10-8. 

If the above criteria did not converge within a specific number of iterations, another 

solution, Y , should be tested.  If the condition in Eq. (3.11) was not met for any of the 

initial estimates, the phase is stable; otherwise, the second condition should be checked to 

determine stability. The second condition is defined as 

  .1
1

CN

i stabi
Y 


  . (3.12) 

If the calculations show a nontrivial solution satisfying Eq. (3.12) for all initial 

guesses, the phase is stable.  

Moreover, for testing overall composition for single-phase stability analysis, the 

following equations are used for initial estimates of vapor-like and liquid-like phases:  

     for 1,...,i i i CY z K i N  , (3.13) 

and  
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(3.14) 

In Eqs. (3.13) and (3.14), Wilson’s correlation (Wilson, 1969) is used to calculate 

the K-values as a function of the critical properties and acentric factor of components:  

 exp 5.37 1 1      for 1,...,ci ci
i i C

P T
K i N

P T


  
     

  
. (3.15) 

Moreover, for testing the stability of a phase composition from a two-phase 

mixture, two different trivial solutions are possible, which are the convergence of y  to 

either phase compositions. Thus, Michelsen (1982a) suggested four different sets of initial 
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values. For the first estimate an arithmetic mean of existing phase compositions is used as 

follows: 

 

 2 3

1
     for 1,...,

2
i i i CY x x i N   . (3.16) 

If this estimate resulted in a trivial solution, two estimates which are essentially 

phases of pure, selected components are used. Michelsen (1982a) suggested using the 

lightest and the heaviest components as selected components, therefore: 
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And the final estimate considers ideal behavior between the test composition and 

Y  by 

 exp      for i=1,...,Ni i CY h . (3.19) 

3.2.2 Flash Calculation 

Once a mixture is shown to split into more than one phase, the flash formulation is 

used to find the compositions and amounts of each phase. Two methods are implemented 

in UTCOMP for flash calculation: accelerated successive substitution method (ACSS) 

iterations (Mehra et al., 1983) and minimization of Gibbs free energy (Trangestein, 1987), 

which is an implementation of the reduced gradient approach (Perschke, 1988). 

In the ACSS method a modification of Mehra et al. (1983) is used to update the K-

values using the following equation:  
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, (3.20) 

where 1k   is an acceleration factor and the subscripts i and j denote component and phase 

indices. Moreover, K-values are the ratios of mole fractions in a phase with respect to those 

of the other phase: 
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It should be noted that although in this formulation phase two is assumed as the 

reference phase, but any of the present phases can be selected as the reference phase. The 

acceleration factor can be calculated in a recursive equation as  
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where  
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The acceleration factor ranges from 1 to 3, and for 0k  , the value of 1  is equal 

to 1. The overall composition and the estimated K-values can be used to compute the 

amount of non-reference phases. The flash calculation, derived by the material balance 

constraints of the components and using the K-values, is  
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By solving Eq. (3.24), which is also known as Rachford-Rice equations, phase mole 

ratios  3,...,
PNL L are calculated. jL  denotes the ratio of moles in phase j to total moles of 

the mixture. After calculating the phase mole ratios, the mole ratio of the reference phase 

is calculated from 
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   (3.25) 

 

Also, phase mole fractions of the reference phase and other phases are calculated 

accordingly: 
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(3.26) 

 

 
2

3

      for 1,...,   and  3,...,
1 1

p

i ij

i c pN

i

Z K
x i N j N

L K  

  
 

 

 

 

(3.27) 

The following procedure is given for ACSS method: 

1. Estimate K-values, from either phase stability analysis or correlations. 

2. Use Eqs. (3.24) and (3.25) to calculate phase mole ratios. 

3. Compute phase compositions from Eqs. (3.26) and (3.27). 

4. Compute component fugacities for each phase. 

5. Compute the acceleration factor using Eq. (3.22). 

6.  Update K-values from Eq. (3.20). 

7. Test the convergence of the component fugacities from 
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      for 1,...,    and   3,..., .ij con c pMax r i N j N    

 

(3.28) 

 

8. If not converged, go to step 2 with new K-values. 

The second method to perform flash calculations is by minimizing the Gibbs free 

energy function at constant pressure and temperature. This technique requires an initial 

estimate close to the solution, and is used if the error of the equi-fugacity equation becomes 

less than a switching criterion:  

2max ln ln      for 1,...,  and 3,...,ij i switch C Pf f i N j N    . (3.29) 

The total Gibbs free energy in a mixture of Np phases is  
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where tG  is the total Gibbs free energy, ijn  and ij  are the mole and chemical potential of 

component i in the phase j. The chemical potential is related to the fugacity by 
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where 0

i  and 0

if are the chemical potential and fugacity at the reference states and are 

functions of pressure and temperature for each component. Substituting Eq. (3.31) into Eq. 

(3.30) results in new form of the Gibbs free energy equation as 
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Then the above equation can be minimized with respect to the phase mole numbers 

considering the following material balance constraints of phase mole numbers: 

 

>0    for   1,...,    and   1,..., ,ij c pn i N j N   

 

(3.33) 
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The Gibbs free energy equation (Eq. (3.32)) can be rewritten as 
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where phase number is arbitrarily selected as the dependent phase and the mole numbers 

of this phase is found from 
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At local minimum two conditions hold: 1. all the first partial derivatives of the Eq. 

(3.35) with respect to the independent mole numbers must be zero;  2. the matrix of second 

partial derivatives, or Hessian matrix, must be positive definite. Differentiating Eq. (3.35) 

with respect to the independent mole numbers results in  
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The mole numbers in the first-derivative equation are independent resulting in 
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Also from the Gibbs-Duhem relation, we have 
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Substituting Eqs. (3.38), (3.39), and (3.40) into Eq. (3.37) simplifies the first-order 

partial derivative to 
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Differentiating Eq. (3.41) with respect to the independent mole numbers, gives 
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or the elements of the Hessian matrix. Hessian matrix is a symmetric matrix of rank 

 
2

1C PN N   , and the elements are evaluated analytically. The resulting Hessian matrix 

for a three-phase mixture is calculated as 
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(3.43) 

 

A summary of the procedures followed for this minimization method is as follows: 

1. Estimate the independent mole numbers, nij. 

2. Compute the dependent mole numbers from Eq. (3.34). 

3. Compute fugacity coefficients for each phase. 

4. Calculate first partial derivatives of the fugacity coefficient with respect to 

the independent variables from Eq. (3.41). 

5. Calculate the elements of the Hessian matrix from Eq. (3.42). 

6. Decompose the Hessian matrix using modified Cholesky decomposition 

algorithm. 

7. Check for the convergence of the solution by satisfying one of the following 

conditions: 
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where flash  is assumed to be 10-8. If the convergence achieved stop the 

calculations; otherwise, go to step 8.  

8. In case of no convergence, calculate the descent direction. 

9. Compute the step length from the line search algorithm. 

10. Update the mole numbers and go to step 2. 

3.3 FOUR-PHASE FLASH CALCULATIONS 

Mohebbinia (2013) extended the available three-phase equilibrium algorithm of 

UTCOMP to four phases by including the aqueous phase in the phase behavior 

calculations. She used Søreide and Whitson's modification (Søreide and Whitson, 1992) of 

PR-EOS (Peng and Robinson, 1976) to model aqueous phase. In addition, she modified 

two main parts of the calculation to extend available Perschke (1988)’s phase equilibrium 

algorithm to four phases. First, constant-K flash calculation in SS iterations was modified, 

and second, Hessian matrix was extended and applied to four-phase flash calculation in the 

minimization of Gibbs free energy algorithm. Additionally, material balance, volumetric 

derivatives, and coefficients of pressure equations are also modified to be consistent with 

the new four-phase flash calculations. 

3.3.1 Modified PR-EOS for Aqueous Phase 

Søreide and Whitson’s modifications (Søreide and Whitson, 1992) is proved to be 

reliable in the prediction of solubilities between light hydrocarbons and water, as well as 

CO2 and water (Yan and Stenby, 2009). Detailed description of PR-EOS, definition of 

various related parameters, and the fugacity equation for PR-EOS are presented in Perschke 
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(1988) and Mohebbinia (2013). Søreide and Whitson proposed a specific α-function for 

water/brine to fit vapor pressure data as follows: 

 

1/2 1.1 31 0.4530[1 (1 0.0103 )] 0.0034( 1),r sw rT c T        (3.46) 

where Tr is the pure water reduced temperature and csw is the molality of NaCl in brine. 

This value will be internally acquired from IPhreeqc calculation during the four-phase flash 

implementation in UTCOMP-IPhreeqc. Two sets of BIPs for aqueous and non-aqueous 

phases, kij
AQ  and kij

NA, are used. Thus, two different attraction terms in the EOS are defined, 

which can be expressed as a function of their respective phase BIPs as  

 

(1 )NA NA

ij i j i j iji j
a x x a a k   (3.47) 

and 

 

(1 )AQ AQ

ij i j i j iji j
a x x a a k  . (3.48) 

PR EOS predictions for the gas solubility in the aqueous phase is corrected using 

the following two correlations. These correlations find BIPs between brine/hydrocarbon 

and brine/CO2 binaries as a function of reduced temperature, acentric factor and salinity of 

the brine: 

0.1

2

(1.112 1.7369 ) (1 0.017407 ) (1.1001 0.836 )

(1 0.033516 ) ( 0.15742 1.0988 ) (1 0.011478 ),

AQ

iw i sw i ri

sw i ri sw

k c T

c T c

 



       

      
 (3.49) 
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2 2

2

0.7505 0.9790.31092(1 0.15587 ) 0.2358(1 0.17837 )

21.2566exp( 6.7222 ).

AQ

CO w sw sw rCO

rCO sw

k c c T

T c

     

  
 (3.50) 

Søreide and Whitson (1992) also proposed constant values for non-aqueous phase 

interaction parameters, as presented in Table 3-1.  

Table 3-1: Non-aqueous phase interaction parameters for light components and water 

binaries (from Søreide and Whitson (1992)). 

Component kiw
NA 

C1 0.4850 

C2 0.4920 

C3 0.5525 

nC4 0.5091 

N2 0.4778 

CO2 0.1896 

 

Yan et al. (2011) demonstrated that the solubility of CO2 in brines with high salinity 

is underpredicted, if Eq. (3.50) is used. Thus, they suggested another equation for 
2

AQ

CO wk

calculation between CO2 and high salinity brines. Yan et al. (2011)’s definition for 
2

AQ

CO wk

is 

 

2

4 2

4 7 2

0.30823655 0.11820367 9.5381166 10

126.42095 / 6.2924435 10 9.2946667 10

AQ

CO w sw sw

sw sw

k c c

T c T c T



 

   

    

. (3.51) 

 



 163 

Mohebbinia (2013) used Eq. (3.51) and compared solubility predictions between 

CO2 and water with measured data. It was shown that Yan et al. (2011)’s modification 

results in accurate prediction at different tested temperatures. In this research, we use a 

method similar to Yan et al. (2011)’s modification of Søreide and Whitson (1992)’s 

procedure. 

3.3.2 Four-Phase Flash Calculation  

As mentioned earlier, in section 3.2.1, Rachford-Rice equations are solved to 

identify the phase compositions and amount of mole fractions for a given overall mole 

fractions and constant-K values. This procedure, also known as constant-K flash 

calculation, becomes complicated and inefficient as the number of phases increases to four 

(Okuno et al., 2010; Mohebbinia, 2013; Mohebbinia et al., 2013). Mohebbinia (2013) 

developed a robust and efficient algorithm for four-phase constant-K flash algorithm for 

compositional simulations and is used in this research and explained in the following 

subsection.  

3.3.2.1 Constant-K flash calculations   

The material balance equations for the flash calculations are rewritten as 
 

1

     for 1,...,
PN

i j ij C

j

z x i N


  , 

 

(3.52) 

1

1
PN

j

j




 , (3.53) 

and 

1

1     for 1,...,
CN

ij P

i

x j N


  , (3.54) 
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where j  is the mole fraction of phase j; combining Eqs. (3.52) to (3.54) with the definition 

of K-value gives 

 

/
PiN i ix z t , (3.55) 

 

in which, ti is defined as 

 

 
1

1
1 1      for 1,...,

PN

i ij j Cj
t K i N




    
  . (3.56) 

 

By selecting Np as the reference phase, Eq. (3.54) becomes 

 

  4

1

1 0     for 1,..., 1
CN

ij i P

i

K x j N


    . (3.57) 

 

Combining Eqs. (3.55) and (3.57) gives the new multiphase Rachford-Rice 

equations, fj(β), as 

 

   
1

1 /      for 1,..., 1
CN

j ij i i P

i

f K z t j N


    , (3.58) 

 

where β is a vector with βj elements. Okuno et al. (2010) developed an algorithm to solve 

this equation using minimization of a convex function with Nc linear constraints. The 

developed algorithm is detailed in Okuno et al. (2010) and briefly described in Mohebbinia 

(2013). 
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3.3.2.2 Minimization of Gibbs Free Energy    

To use the minimization of Gibbs free energy for four-phase flash calculation, the 

Hessian matrix should be extended accordingly with calculation of new derivatives. The 

extension of the Hessian matrix for four-phase flash calculation, by assuming phase one as 

the reference phase, is 

 
2 2 2

2 2 3 2 4 2

2 2 2
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2 3 3 3 4 3

2 2 2

2 4 3 4 4 4
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H
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, (3.59) 

 

where 

2 t

sj ik

G

n n RT

 
 

   
 is the second-partial derivative of the Gibbs free energy and is 

calculated from the following equations: 

 
2

1

1

ln ln
     for , ,  and 1,...,

t
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 (3.60) 

 

and 

 
2

1

1

ln
     for , , ,  and 1,...,  ( )

t

i
C

sj ik s

fG
s i j k N j k

n n RT n

  
   

   
. (3.61) 

 

Analytical derivations of these derivatives are detailed in Pershke (1988). 
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3.3.3 Derivatives of Total Fluid Volume 

Another change in UTCOMP formulation that needs to be modified for inclusion 

of four-phase equilibrium calculations is the volume derivative equations of the pressure 

equation. In the following, we briefly describe Mohebbinia (2013)’s modification for 

derivative of total fluid volume with respect to component moles and pressure. 

The derivatives of the total fluid volume with respect to component moles is 

computed as (Chang, 1990; Perschke, 1988): 

 

 
1,

=    for 1,..., , 1
P

i

r r i

N

t
t j j C C

ji iP N

V
V n v i N N

N N




   
    

    
 , (3.62) 

 

where Vt is the total fluid volume, ni is the number of moles of each phase, and vj is the 

molar volume of each phase. Water is the (Nc+1)th component in three-phase UTCOMP. 

Also, water is assumed a single component phase and slightly compressible. Thus, after 

differentiating Eq. (3.62) and simplifying, the total volume derivative with respect to the 

component moles is calculated from 

 

 
2 1, , ( )

         for 1,...,
P

rr r i

N NC
j kjt

j j C

j ki kj iP N P N r i

Z nV RT
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N P n N


  

      
                
 , (3.63) 

 

and the expansion for the water phase reduces to  

 

 , r r w

t
w

w P N

V
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N


 
 

 
. (3.64) 

 



 167 

However, in the implemented four-phase algorithm in UTCOMP, Eq. (3.63), is 

indexed from phase one, instead of two, and is used for all phases. Therefore, there is no 

need to use Eq. (3.64) to calculate the total volume derivative with respect to the component 

moles for the aqueous phase. 

Analytical solutions are derived to calculate the partial derivative of the 

compressibility factor in Eq. (3.63). Moreover, the second partial derivative term in this 

equation is evaluated using the equilibrium constraints (i.e. the equality of the fugacity 

coefficients). For a four-phase system the equilibrium constraint, considering phase one as 

the reference phase, the constraint can be written as 

 

1ln ln 0              for   1,...,   and  2,..., 4s sj Cf f s N j    , (3.65) 

 

Differentiating Eq. (3.65) with respect to the component mole numbers results in 
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 (3.66) 

 

Also, from the material balance constraints of the components moles we have 

 

2 1 3 4
,             for       1,...,k k k k

i k C

i i i i

n n n n
k N

N N N N


   
    

   
. (3.67) 

 

Eqs. (3.66) and (3.67) form a set of equations in the form of Ax=B, in which  
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and  

2

2

ln
,0,0

T

i

f
B

n

 
  

 
. 

(3.70) 

The procedure to solve this equation is similar to the method to solve similar 

equations by Chang (1990) for three-phase systems, and is detailed in Mohebbinia (2013). 

The solution of this equation is then used in Eq. (3.63) to compute the derivatives of total 

volume with respect to component mole numbers.  

Similar expansions are made to calculate the derivative of total fluid volume with 

respect to pressure. For four-phase implementation, the total fluid volume derivative with 

respect to pressure is 

 

1

P

i i

N
jt

jN N

VV

P P

  
   

    
 . (3.71) 

 

Eq. (3.71) can be expanded and rewritten as 
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The partial derivative of the molar volume with respect to pressure is computed 

from 
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Similar to the previous procedure for calculation of derivative with respect to 

component moles, a system of equation with the form of Ax=B is formed, in which 
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This system of equation can be solved as explained in previous section to compute 

the derivative of total fluid volume with respect to pressure. 

3.4 IMPLEMENTATION OF FOUR-PHASE FLASH CALCULATIONS INTO UTCOMP-

IPHREEQC 

As discussed in section 3.1, current version of UTCOMP-IPhreeqc models the 

effect of commonly occurring hydrocarbon phase components on the aqueous-rock 

geochemistry using a sequential iterative approach based on Henry’s law. In this study we 

implement the four-phase flash equilibrium calculations within the framework of 

Mohebbinia (2013)’s into UTCOMP-IPhreeqc. Implementing four-phase flash calculation 

algorithm into UTCOMP-IPhreeqc enables us to directly calculate the amount of 

hydrocarbon and water components in the aqueous phase.  In order to investigate the effect 

of hydrocarbon dissolution on geochemical reactions using four-phase flash calculations, 

a coupling algorithm, different from the algorithm presented in Figure 3-1, is required. In 

the following we present the coupling procedure to include the effect of four-phase 

calculations on geochemical reactions occurring in the aqueous phase and water/rock 

interactions. 

Figure 3-2 shows a simplified algorithm of UTCOMP-IPhreeqc after including the 

hydrocarbon phase effect on the aqueous-rock geochemistry using four-phase flash 

calculations. In the presented algorithm only the effect of CO2 dissolution in the water 

phase on aqueous/rock geochemistry is considered. However, similar approach can be used 

to include the effect multiple hydrocarbons (e.g. CH4 and H2S) dissolution in the aqueous 

phase on geochemical reactions. In this algorithm, after solving pressure equation, mass 

conservations equation for hydrocarbon (including water) and geochemical components 

are solved. Four-phase flash calculation is performed and the concentration of hydrocarbon 
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components in different phases including the aqueous phase is found. The mole of a 

hydrocarbon component (e.g. CO2) in the aqueous phase is found using the equation given 

below: 

 

=          for    1,...,     and     1,..., ,ij j ij c pTNKP N x i N j N    (3.77) 

 

where TNKPij is the amount of component i in the phase j, Nj is the total mole of 

components in the Jth (i.e. aqueous phase), and xij is the partial mole fraction of component 

i in the phase j.  

After calculating the total mole of CO2 in the aqueous phase, the IPhreeqc input file 

is updated using SOLUTION_MODIFY keyword. To modify the aqueous solution 

composition, the amount of dissolved CO2 in the aqueous phase or released from the 

aqueous phase needs to be specified. Also, the amount of dissolved or released CO2 affects 

the concentration of both carbon and oxygen elements in the geochemical calculations. 

Therefore, after calculating mole of CO2 in the aqueous phase from flash calculation (

2

flash

COTNKP ), the value is compared with the previous timestep to determine if CO2 is 

released from or dissolved into the aqueous phase.  

 

2 2 2

( ) ( ),t t flash t flash

CO CO COTNKP TNKP TNKP    (3.78) 

 

where 
2COTNKP  is the difference in the 

2

flash

COTNKP  between the two consecutive timesteps. 

Next, the amount of carbon and oxygen elements are updated in the IPhreeqc input 

file using SOLUTION_MODIFY. Hence, there is no need for defining CO2 as a separate 

phase in equilibrium with water in IPhreeqc input file. The amounts of carbon and oxygen 

elements (TNKTG) are then updated using 
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and 
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(3.80) 

 

Once aqueous solution is updated, all the required information is stored in the 

computer memory, and IPhreeqc is run to find the new equilibrium state of the system. If 

there is no reaction between the dissolved CO2 and rock, the amount of CO2 remains 

unchanged after geochemical equilibrium calculations. However, this is not the case for 

many processes (e.g. calcite dissolution/precipitation). For instance, during low salinity 

water injection, CO2 can react with the calcite mineral and release CO2. Thus, in this case, 

total moles of CO2 in the aqueous phase, acquired by geochemical calculations should be 

updated in UTCOMP-IPhreeqc and compared with the one acquired by flash calculation. 

Therefore, at each timestep, the following difference is computed: 

 

2 2 2

( ) ( )_ .PHREEQC flash

CO CO COTNKP iter TNKP TNKP    (3.81) 

 

If the above difference is more than a predefined desired tolerance, the difference 

is added to the total moles of CO2 in the system followed by four-phase flash calculation.  

 

2 2 2
_ .CO CO COTNK TNK TNKP iter    (3.82) 
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The above iteration is continued until convergence is achieved between the amounts 

of CO2 in the aqueous phase calculated from four-phase flash and geochemical 

calculations. A more detailed algorithm of the procedure is presented in Appendix A. 

 

 

 

Figure 3-2: UTCOMP-IPhreeqc simplified algorithm including the effect of hydrocarbon 

phase on the aqueous-rock geochemistry using four-phase flash calculations. 

3.5 MODIFIED PR-EOS VS. HENRY’S LAW 

The developed four-phase flash algorithm is used to investigate the effect of 

considering aqueous phase in the flash calculation on the solubility of CO2 in the aqueous 

phase. The solubility of CO2 in pure water, and water with different salinities at a range of 

pressure and different temperatures are calculated. The calculated solubilities are then 
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compared with reported experimental data. Moreover, Henry’s law, as an alternate method 

to find gas solubility in the aqueous phase, is used to evaluate the applicability of Henry’s 

law in different operational conditions.  

We perform batch simulations to find CO2 solubility in pure water for temperatures 

of 50 ̊C, 80 ̊C, and 100 ̊C at a pressure range of 50-7000 psia. Figures 3-3 through 3-5 

compare the results for simulations at different temperatures for Henry’s law and modified 

PR-EOS methods and comparison with experimental data.  

 

 

Figure 3-3: Solubility of CO2 gas in pure water as a function of pressure at 50 °C. Data 

points are measured solubilities, solid lines are calculated using modified PR-

EOS method, and dashed lines are calculated using Henry’s law method. The 

experimental data presented in this figure are from Yan et al. (2011). 



 175 

 

Figure 3-4: Solubility of CO2 in pure water gas as a function of pressure at 80 °C. Data 

points are measured solubilities, solid lines are calculated using modified PR-

EOS method, and dashed lines are calculated using Henry’s law method. The 

experimental data presented in this figure are from Duan et al. (2006). 

 



 176 

 

Figure 3-5: Solubility of CO2 gas in pure water as a function of pressure at 100 °C. Data 

points are measured solubilities, solid lines are calculated using modified PR-

EOS method, and dashed lines are calculated using Henry’s law method. The 

experimental data presented in this figure are from Yan et al. (2011). 

 It is observed that for three tested temperatures, for all pressure ranges, PR-EOS 

with Søreide and Whitson (1992)’s modifications agree well with experimental data. 

Similarly, for tested temperatures and pressures, gas solubilities calculated using Henry’s 

law, are in good agreement with the experimental data. However, as observed in Figure 3-

3, at temperature of 50 ̊C, the CO2 solubility in pure water is somehow underpredicted 

using Henry’s law. Thus, it can be concluded that both methods are reliable in predicting 

the solubility of CO2 in pure waters. Similar observations were made by Mohebbinia 

(2013). She compared CO2 solubility in water using Henry’s law and modified PR-EOS 

model with experimental data at two different temperatures of 100 ̊C and 140 ̊C at a wide 

range of pressures. The simulation results confirmed accuracy of both methods in 

predicting CO2 solubility in pure water. 
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Similar batch simulations are performed for brine solution with different NaCl 

salinities. The temperature is 100 ̊C and CO2 solubility of 1 M and 2 M NaCl solutions for 

a pressure range of 50-5000 psi is calculated. Simulation results are presented in Figures 

3-6 and 3-7 and compared with experimental data. It is observed that as the brine salinity 

increased, CO2 solubility in brine is decreased. This behavior is predicted by both methods. 

At pressures greater than 1000 psi, CO2 solubility in brine for both solutions are 

underpredicted using Henry’s law. Also, the solubility predicted using this method deviates 

more from the measured data. On the other hand, modified PR-EOS very well predicts the 

amount of CO2 dissolved in both simulated brines at tested pressure ranges.  

 

 

Figure 3-6: Solubility of CO2 gas in 1 M NaCl brine as a function of pressure at 100 °C. 

Data points are measured solubilities, solid lines are calculated using 

modified PR-EOS method, and dashed lines are calculated using Henry’s law 

method. The experimental data presented in this figure are from Caumon et 

al. (2017). 



 178 

 

Figure 3-7: Solubility of CO2 gas in 2 M NaCl brine as a function of pressure at 100 °C. 

Data points are measured solubilities, solid lines are calculated using 

modified PR-EOS method, and dashed lines are calculated using Henry’s law 

method. The experimental data presented in this figure are from Caumon et 

al. (2017). 

3.6 EFFECT OF FOUR-PHASE FLASH CALCULATIONS ON AQUEOUS-ROCK 

GEOCHEMISTRY 

In this section, we investigate the effect of hydrocarbon component dissolution in 

aqueous phase on brine/rock geochemical interactions. We present different case studies 

to evaluate how engineered waterflooding process is influenced by CO2 dissolution in the 

aqueous phase. In all the presented cases, unlike previous coreflooding studies presented 

in Chapter 2, live oils are used. Furthermore, a comparison is made between Henry’s law 

and four-phase flash methods in predicting oil recovery and geochemical properties (e.g. 

pH) of the aqueous phase during low salinity waterflooding. Moreover, we evaluate calcite 
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dissolution as an underlying mechanism of low salinity water injection in both core- and 

field-scale cases.  

3.6.1 Case Study 1: Low Salinity Waterflooding with Changes in Surface Charges 

Mechanism  

A 1D low salinity waterflooding case study is set up by including water in the phase 

behavior for Bob Slaughter Block (BSB) West Texas Oil. The BSB live oil was 

characterized by Khan et al. (1992) with the fluid properties presented in Table 3-2. Also, 

BIPs between CO2 and non-aqueous components and between water and hydrocarbon 

components for this system are presented in Table 3-3 and are obtained from Mohebbinia 

(2013). She used the same oil composition to study the phase distribution of 

water/CO2/BSB oil mixture at a constant temperature.  

The model is one-dimensional with 25 gridblocks in x-direction and has properties 

similar to the Case study 1 of Chapter 2. It is assumed that the rock is 100% calcite. The 

formation brine and injection brines compositions are obtained from Gupta et al. (2011) as 

was presented in Table 2-6. The model has an initial water saturation of 20.2% with 

porosity and permeability of 20.3% and 200 md, respectively. The model is initialized at a 

constant temperature and pressure of 250 ̊F and 4000 psia, respectively.  

Initially, 1 PV of formation brine is injected to the core followed by 2 PV of low 

salinity water injection. The water is injected at a constant rate of 1 ft/day. Three different 

cases are performed and results are compared to investigate the importance of considering 

CO2 buffering of the hydrocarbon phase on the aqueous/rock geochemistry and low salinity 

water injection performance. Three designed cases are 

1. No CO2 dissolution: In this case CO2 dissolution in the aqueous phase is ignored.  
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2. Henry’s law: In this case Henry’s law is used to study CO2 dissolution in the 

aqueous phase on aqueous/rock geochemistry. 

3. Modified EOS: Four-phase equilibrium calculation using modified PR-EOS is 

used to study CO2 dissolution in the aqueous phase on aqueous/rock 

geochemistry. 

The change in surface charges and consequent wettability alteration is assumed to 

be the main mechanism behind low salinity water injection. Moreover, the SCM used in 

this model is similar to the one used in Case study 1 of Chapter 2. 

 

Table 3-2: Fluid properties of the BSB oil (Khan et al., 1992). 

Component Mole% Tc (°R) Pc (psia) ω 

CO2 3.37 547.6 1069.87 0.225 

C1 8.61 288.0 667.20 0.008 

C2-3 15.03 619.6 652.56 0.131 

C4-6 16.71 833.8 493.07 0.240 

C7-15 33.04 1090.4 315.44 0.618 

C16-27 16.11 1351.8 239.90 0.957 

C28+ 7.13 1696.5 238.12 1.268 
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Table 3-3: BIPs between CO2 and non-aqueous components and between water and 

hydrocarbon components. 

Component 
2CO i

NAk


 
w i

NAk
  

CO2 0.0000 0.1896 

C1 0.0550 0.4850 

C2-3 0.0550 0.5000 

C4-6 0.0550 0.5000 

C7-15 0.1050 0.5000 

C16-27 0.1050 0.5000 

C28+ 0.1050 0.5000 

H2O 0.1896 0.0000 

 

Figures 3-8 through 3-10 demonstrate histories of CO2 in the aqueous phase, pH, 

and calcium ion concentrations at the downstream of the 1D model for the three studied 

cases. For the case where the effect of hydrocarbon dissolution in the aqueous phase is 

neglected, as expected, there is no CO2 in the aqueous phase. Also, initially, at reservoir 

equilibrium condition, less CO2 is dissolved in the aqueous phase using Henry’s law 

method. It is predicted that at initial equilibrium condition, ~0.04 mol/kgw CO2 is dissolved 

in water, when water is considered in phase behavior calculation. Also, a CO2 

concentration pick is observed in both methods. There are two reasons the might lead to 

this behavior: 1. As formation water, which does not contain CO2, is injected into the 

reservoir, CO2 is transferred from downstream end of the core to the upstream which 

increases the CO2 concentration at the upstream end of the core. 2. Due to low salinity 

water injection, some calcite dissolution occurs in the core which results in some additional 

CO2. However, the second reason might not be true in this case because if calcite 

dissolution caused significant increase in CO2 concentration, similarly, calcium ion 
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concentration should have increased. However, as indicated in Figure 3-10, the 

concentration of Ca+2 has not significantly changed.  

As shown in Figure 3-9, dissolution of CO2 in the aqueous phase has significantly 

reduced the initial equilibrium pH in the reservoir to ~4.5. Moreover, the final pH value is 

similar for all three scenarios. This is due to the fact that all the dissolved CO2 in the water 

is pushed out of the core by injecting degassed brines (1 PV and 2 PVs of high salinity and 

low salinity brines, respectively). Thus, at the end of the injection process there is 

negligible difference between the pH of the three studied cases. It should be mentioned that 

other ions (e.g. Mg+2 or Na+) had similar ion histories for the three cases. 

 

 

Figure 3-8: History of CO2 concentration in the aqueous phase at the core end when core 

is saturated with the BSB live-oil. 
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Figure 3-9: pH history at the core end when core is saturated with the BSB live-oil. 

 

Figure 3-10: Calcium ion history at the core end when core is saturated with the BSB live-

oil. 
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The oil recovery for the three presented cases are indicated in Figure 3-11. 

Although there is considerable effect of CO2 dissolution on the aqueous phase and pH of 

the system, the oil recovery is not affected by CO2 dissolution. To investigate the reason 

for this behavior, histories of the oil/brine and the brine/rock calculated surface potentials 

are compared in Figures 3-12 and 3-13. It is observed that the trend, initial and final values 

of brine/rock zeta potential for all cases are identical. Also, oil/brine surface potentials 

follow the same trend for all cases. However, the initial oil/brine surface potential is 

slightly more negative when CO2 dissolution in the aqueous phase is neglected. Similar 

surface potentials resulted in similar changes in contact angles and similar oil recovery in 

low salinity water injection.  

 

  

Figure 3-11: Simulated oil recovery when core is saturated with the BSB live-oil. 
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Figure 3-12: History of brine/rock surface potential at the core end when core is saturated 

with the BSB live-oil. 
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Figure 3-13: History of oil/brine surface potential at the core end when core is saturated 

with the BSB live-oil. 

To show the effect of pH on surface potentials of oil/brine and brine/rock interfaces, 

batch simulations are performed in PHREEQC using the brine, oil and rock properties of 

this case. HCl and NaOH are added to the solution in steps to change the pH from 4 to 11.5. 

The results are indicated in Figure 3-14. It is seen that when pH reduces from 7 to 4.5, a 

negligible change in brine/rock surface potential is observed. On the other hand, oil/brine 

surface potential is more affected and becomes less negative when pH reduced 7 to 4.5. 

This explains why neglecting CO2 dissolution in the aqueous phase does not significantly 

affect oil recovery in low salinity water injection. 
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Figure 3-14: Oil/brine and brine/rock surface potentials as a function of pH in PHREEQC 

batch simulations. pH is changed by gradual addition of HCl/NaOH to the 

solution. 

3.6.2 Case Study 2: Low Salinity Waterflooding with Calcite Dissolution Mechanism 

In the previous case, it was observed that inclusion of water in phase behavior 

calculations did not considerably influence surface charges and contact angle. Thus, the 

effect on low salinity waterflooding was negligible for Case study 1 with surface charge 

and contact angle change as the main mechanism of low salinity water injection. Several 

researchers have pointed out the importance of calcite dissolution mechanism in the 

performance of low salinity water injection, especially in small-scale scenarios, such as 

coreflooding. Also, CO2 dissolution in water reduces the brine pH and can affect calcite 

dissolution and its effect on low salinity waterflooding performance. Thus, in this case, we 

design a coreflooding scenario, similar to the previous case, with different oil/brine/rock 

properties to investigate the effect of CO2 dissolution in the aqueous phase on the low 
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salinity waterflooding performance. Calcite dissolution is assumed the underlying 

mechanism of low salinity water injection. Properties of wettability alteration model is 

similar to the one presented in Korrani et al. (2015). 1 PV of Formation water followed by 

3 PV 50-times-diluted seawater is injected into the core. Composition of injected brines is 

identical to the ones presented in Table 2-8. Moreover, BSB live oil with fluid properties 

given in Tables 3-2 and 3-3 are used in this case. Surface complexation, ion-exchange, 

mineral reaction, and other geochemical models are similar to the model presented in 

section 2.7.2 for Chandrasekhar et al. (2016)’s coreflood history matching. Similar to the 

previous case three simulations are performed and results are compared. Three studied 

cases are 

1. No CO2 dissolution: In this case CO2 dissolution in the aqueous phase is ignored  

2. Henry’s law: In this case Henry’s law is used to study CO2 dissolution in the 

aqueous phase on aqueous/rock geochemistry. 

3. Modified EOS: Four-phase equilibrium calculation using modified PR-EOS is 

used to study CO2 dissolution in the aqueous phase on aqueous/rock 

geochemistry. 

Figures 3-15 through 3-18 show, CO2 concentration in the aqueous phase, HCO3
- 

concentration, calcium ion, and pH histories at the end of the core. It is observed that when 

CO2 dissolution in the water phase is neglected, no CO2 and HCO3
- are formed in the 

aqueous phase at initial equilibrium condition and during water injection. However, when 

the effect is considered using both methods, CO2 is dissolved in the brine which affects 

initial pH of the system as well as initial equilibrium calcium ion concentration. It is 

observed that pH has decreased to approximately 5 by including CO2 dissolution in the 

water phase. Moreover, initial equilibrium concentration of calcium has significantly 

decreased. It is observed that Henry’s law somehow underpredicted the amount of CO2 
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dissolution in water compared to the modified PR-EOS method. Accordingly, there is 

slight difference between other geochemical properties, such as pH and calcium ion 

concentrations. However, the behavior of these geochemical properties (e.g. pH) is similar 

for both method.  

 

 

Figure 3-15: History of CO2 concentration in the aqueous phase at the core end. 
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Figure 3-16: History of HCO3
- concentration at the core end. 

 

Figure 3-17: Calcium ion history at the core end. 
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Figure 3-18: pH history at the core end. 

As indicated in Figure 3-19, using Henry’s law method and modified PR-EOS 

showed similar oil recovery for the low salinity water injection case. Additionally, unlike 

Case study 1, neglecting CO2 dissolution in the aqueous phase has significantly affected 

oil recovery and resulted in overestimating the oil recovery. Thus, it is concluded that 

considering CO2 dissolution in the aqueous phase can affect incremental oil recovery and 

low salinity performance, when calcite dissolution is assumed as the main mechanism of 

low salinity water injection. However, the ultimate oil recovery is not affected by CO2 

dissolution in the water phase, if changes in surface charge are the underlying mechanism 

of low salinity waterflooding. It should also be noted that the above conclusions are limited 

to the studied cases; other mechanism, CO2 concentration in the oil phase (oil type), and 

different surface complexation reactions, might result in different conclusions. 
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Figure 3-19: Simulated oil recovery for case study 2 when 1 PV of high salinity water 

followed by 3 PV of 50-times-diluted seawater is injected. 

3.6.3 Case Study 3: Effect of CO2 Dissolution in brine on Aqueous/Rock 

Geochemistry in a Quarter 5-Spot Pattern Reservoir 

In this case study, three scenarios presented in Case study 1 are performed in a 

large-scale quarter 5-spot pattern reservoir model (as shown in Figure 3-20). BSB live oil 

is considered in the reservoir with in-situ formation brine with the composition presented 

in Table 2-6. The reservoir is initialized at a temperature and pressure of 250 ̊F and 4000 

psi, respectively. Two PVs of low salinity water is continuously injected with an injection 

rate of 400 bbl/day. The reservoir is assumed homogeneous with porosity and permeability 

of 0.2 and 200 mD, respectively. Other reservoir characteristics are presented in Table 3-

4. Similar to Case study 1, changes in surface charge and consequently contact angle is 

considered as the main mechanism of low salinity effect and wettability alteration. 

Appendix B provides UTCOMP-IPhreeqc input file for this case study. 
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Table 3-4: Reservoir characteristics for the 2D quarter 5-spot pattern reservoir model. 

Parameter Value (Unit) 

No. of gridblocks 1600 (40×40×1) 

Δx 25.0 (ft) 

Δy 25.0 (ft) 

Δz 25.0 (ft) 

Permeability 

x-direction 200 (mD) 

y-direction 200 (mD) 

z-direction 20 (mD) 

Porosity 20.0 (%) 

Rock compressibility  20.0×10-6 (psi-1) 

Water compressibility  0.0×10-6 (psi-1) 

Initial water saturation 20.2 (%) 

Irreducible water saturation 0.20 

Reservoir temperature  250.0 (oF) 

Initial pressure  4000.0 (psi) 

Reservoir depth  0. (ft) 

Water viscosity  1.0 (cp) 

Number of wells 2 
1 injectors 

1producer 

Well injection rate 400 (bbls/day) 

Simulation time 2.0 (PV) 
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Figure 3-20: Synthetic quarter 5-spot pattern reservoir model. 

Figures 3-21 through 3-24 illustrate map of CO2 concentration in the aqueous phase 

after 0.2 and 0.55 PV of low salinity water injection for Henry’s law method and modified 

PR-EOS method. Comparison between the maps shows that although the CO2 

concentration distribution is similar for both methods, higher CO2 is dissolved in the brine 

when modified PR-EOS is used. Similar observation was made in Case study 1 as well. 

The comparison between the oil recoveries responses of the cases are also presented in 

Figure 3-25. It is observed that similar to Case study 1, the oil recovery is not sensitive to 

the CO2 dissolution when changes in contact angle is the underlying mechanism of low 

salinity water injection. 

It should be mentioned that using the modified PR-EOS method significantly 

increased the computational time of these reactive-transport simulations. For the above 

three presented case studies, computational time at least 50% increased, when water was 

included in phase behavior calculations. 
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Figure 3-21: Map of CO2 concentration in the aqueous phase after 0.2 PV of low salinity 

water injection; CO2 effect on the aqueous-rock geochemistry included using 

Henry’s law method. 

 

Figure 3-22: Map of CO2 concentration in the aqueous phase after 0.2 PV of low salinity 

water injection; CO2 effect on the aqueous-rock geochemistry included using 

modified PR-EOS method. 
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Figure 3-23: Map of CO2 concentration in the aqueous phase after 0.55 PV of low salinity 

water injection; CO2 effect on the aqueous-rock geochemistry included using 

Henry’s law method. 

 

Figure 3-24: Map of CO2 concentration in the aqueous phase after 0.55 PV of low salinity 

water injection; CO2 effect on the aqueous-rock geochemistry included using 

modified PR-EOS method. 
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Figure 3-25: Simulated oil recovery of a quarter 5-spot pattern reservoir (Case study 3), 

after 2 PV of low salinity water injection. 

Several researchers hypothesized that calcite dissolution is the underlying 

mechanism of wettability alteration due to low salinity water injection (Vo et al., 2012; 

Zahid et al., 2012; Gupta et al., 2011; Korrani et al., 2015). On the other hand, few 

researchers argued that if dissolution is the underlying mechanism of low salinity 

waterflooding, the LSE should be observed only in core-scale studies. They state that 

calcite dissolution can only occur near the wellbore and cannot contribute to incremental 

oil recovery in field-scale scenarios (Den Ouden et al., 2015; Nasralla et al., 2015, 2016; 

Mahani et al., 2017). Nasralla et al. (2016) argued that the injection of low salinity brine 

reaches equilibrium near the injectors and causes minor dissolution near the injectors. They 

suggested that there will be no dissolution far from the injectors, suggesting that calcite 

dissolution may not be an underlying mechanism for low salinity water injection.  
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It should be noted that all the above studies are based on coreflooding experiments 

in which the impact of CO2 on calcite dissolution is not taken into account. Also, the batch 

calculations that were performed by Nasralla et al. (2016) using PHREEQC do not include 

the effect of CO2 dissolution in brine and its impact on calcite dissolution. However, in 

reservoir conditions, unlike coreflooding experiments, CO2 is dissolved in the brine and 

oil. Injecting degassed low salinity brine changes CO2 concentration in the oil and brine 

phases, resulting in non-equilibrium condition and different calcite 

dissolution/precipitation behavior in the reservoir. Moreover, Korrani (2014) stated that if 

surface reactions are considered in the model, then calcite dissolution can extend 

wettability alteration from a near the wellbore effect throughout the reservoir to influence 

oil recovery. 

Figure 3-26 maps the amount of change in calcite in the reservoir for two cases: 1. 

when effect of CO2 dissolution is not considered; 2. when modified PR-EOS is used to 

include the effect of CO2 dissolution in the aqueous phase on aqueous/rock geochemistry 

and calcite dissolution/precipitation. When the effect of CO2 dissolution in the aqueous 

phase is ignored, calcite dissolution only occurs near the injector and reaches equilibrium. 

This observation is in line with previous studies (Den Ouden et al., 2015; Nasralla et al., 

2015, 2016; Mahani et al., 2017a). However, when the effect of CO2 dissolution in the 

aqueous phase is considered, in addition to significant dissolution near the injector, calcite 

dissolution occurs throughout the swept region. This calcite dissolution is much less in 

magnitude as compared to calcite dissolution near the injectors. The fact that this 

insignificant calcite dissolution can leave a fresh surface and release attached oil from the 

rock surface (as proposed by Hiorth et al., 2010) to leave a water-wet surface requires 

further experimental investigations. It is observed that after 0.2 PV of water injection, 

calcite dissolution has occurred behind the low salinity water front (Figure 3-26d). 
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However, calcite is only dissolved near the injector gridblocks, when CO2 dissolution in 

the water phase is ignored (Figure 3-26a). Comparing the results of the two simulated 

scenarios also reveals that considering CO2 dissolution effect results in higher calcite 

dissolution near the injectors. Moreover, some calcite precipitation occurs near the 

producer after 1 PV of low salinity water injection when the effect of CO2 dissolution is 

included.  

 

  

(a) 0.2 PV (d) 0.2 PV 

  
(b) 0.55 PV (e) 0.55 PV 

 

Figure 3-26. 
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(c) 1.0 PV (f) 1.0 PV 

Figure 3-26: Time lapses of amount of changes in calcite concentration in mole/kgw. Left-

panels show results when impact of CO2 dissolution in the aqueous phase is 

ignored (a,b,c). Right-panels show results when modified PR-EOS is used to 

include the effect of CO2 dissolution in the aqueous phase on aqueous/rock 

geochemistry (d,e,f). Negative values show dissolution and positive values 

show precipitation of calcite.  
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Chapter 4:  Mechanistic Modeling of Carbonated Water Injection1 

CO2 enhanced oil recovery is usually affected by poor sweep efficiency because of 

unfavorable mobility contrast between the injected CO2 and oil. To alleviate this problem, 

CO2 is added to the injected brine and transported in the reservoir by flood water. 

Therefore, Carbonated Water Injection (CWI) takes advantage of both CO2 and water 

flooding processes. Furthermore, geochemical reactions between the injected carbonated 

brine and rock can alter petrophysical properties of the reservoir and affect final oil 

recovery. While there are several CWI coreflood experiments reported in the literature, 

simulation studies for this process are scarce. 

Accurate modeling of CWI performance requires a simulator with the ability to 

capture true physics of the CWI process. In this study, UTCOMP-IPhreeqc is used to model 

CWI process. We considered the impact of CO2 mass transfer between brine and 

hydrocarbon phases based on thermodynamic constraints at the reservoir condition. The 

model is verified against an analytical model. Also, to validate our simulation approach, 

                                                 
1 Some parts of Chapter 4 are published in the following citations: 

 

Sanaei, A., Varavei, A., and Sepehrnoori, K. 2019. Mechanistic Modeling of Carbonated Waterflooding. J 

Pet Sci Eng 178: 863-877. https://doi.org/10.1016/j.petrol.2019.04.001. 

 

AlZayer, A., Sanaei, A., Mohanty, K., and Sepehrnoori, K. 2019. Experimental and Numerical Investigation 

of Mutual Solvents for EOR Applications. J Pet Sci Eng. 177: 224-235. 

https://doi.org/10.1016/j.petrol.2019.02.048. 

 

Below briefly describes the nature of coauthors contribution: 

 

- Kamy Sepehrnoori: The idea of the modeling carbonated waterflooding using UTCOMP-IPhreeqc, 

technical support, and revising the manuscript. 

 

- Kishore Mohanty: Supervising the coreflood experiments, technical support, and revising the manuscript. 

 

- Abdoljalil Varavei: Technical support regarding compositional modeling of carbonated waterflooding. 

 

- Ahmed AlZayer: Conducting the carbonated waterflooding coreflooding experiments and writing the 

manuscript. 

https://doi.org/10.1016/j.petrol.2019.04.001
https://doi.org/10.1016/j.petrol.2019.02.048
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the results of our CWI simulations were compared with a recently published coreflood 

experiment. Moreover, we investigated the fluid-rock interactions in CWI. 

In this chapter we present an introduction of CWI process followed by a review of 

coreflood, field, and numerical studies of the process. Next, we present model development 

followed by verification and validation of the developed model. We furthermore perform 

a sensitivity study to evaluate the effect of various parameters on efficiency of CWI. Also, 

the effect of CWI on rock properties and wettability state of the system are 

comprehensively studied. Finally, a field-scale case study is developed to study CWI 

performance at a large-scale scenario using the developed model.  

4.1 BACKGROUND AND LITERATURE REVIEW 

Waterflooding (WF) has been used in oil industry since 1890 and is currently 

widely used all over the world as a secondary enhanced oil recovery (EOR) method by 

many major companies. WF performance is usually affected by many factors, such as 

mobility ratio between injected water and oil, heterogeneity, and vertical and areal 

connectivity of the reservoir, which make this method inefficient in many cases. Therefore, 

to increase WF efficiency, it is usually combined with other methods such as polymer or 

surfactant flooding. 

On the other hand, CO2 flooding is known to significantly affect recovery of oil 

reservoirs; however, several factors limit the use of miscible or immiscible CO2 flooding 

for recovery improvement in many oil fields.  In conventional CO2 flooding, having access 

to large quantities of CO2 is essential for making the process economical. Nevertheless, 

CO2 resources are often located far from the oil fields to be explored. Moreover, 

displacement efficiency in CO2 injection is dictated by the minimum miscibility pressure 
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(MMP), which is a function of several parameters such as temperature, CO2 purity, mole 

fraction of intermediate components in the oil, and properties of heavy oil components.  

An alternate approach is injection of carbonated waterflooding in which much less 

CO2 is used compared to CO2 flooding. In CWI, CO2 is dissolved in the injected brine and 

transported through the reservoir by flood water. Injecting CO2 along with water takes 

advantage of both the CO2 and the waterflooding process. In this method, required CO2 is 

limited by the dissolvable amount of CO2 in brine at reservoir/test pressure and temperature 

conditions as well as brine salinity. Additionally, in CWI, mass transfer between water and 

hydrocarbon phase controls the displacement efficiency and not the MMP (Dong et al., 

2011).   

Carbonated waterflooding is not a new topic in the oil industry. A few field 

applications of secondary CWI in Texas and Oklahoma in 1960s reported more than 40% 

improvement in oil recovery. Increased water injectivity and shorter flood life are other 

reported economic benefits of the reported CWI field applications (Hickok et al., 1960; 

1962). Different coreflood experiments indicated a substantial decrease in remaining oil 

saturation after tertiary CWI (Holm, 1963; Hickok et al., 1962). Sayegh et al. (1990) 

performed coreflood experiments on sandstone cores to identify the effect of carbonated 

brine on rock properties. Results of their experiments indicated a gradual rise in the 

permeability of the cores as a result of dissolution of calcite and siderite.  

There are different mechanisms proposed for CWI. The main mechanisms are oil 

swelling from CO2 diffusion into the oil and the subsequent oil viscosity reduction 

(Derakhshanfar et al., 2012). Additionally, Carbonated water (CW) has a much better 

sweep efficiency compared to CO2 flooding and does not exhibit fingering due to lesser 

mobility contrast between oil and CW than CO2-oil system (Derakhshanfar et al., 2012; 

Sohrabi et al., 2011). Sohrabi et al. (2008) studied the dominant mechanisms behind CWI 
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using two-phase flow experiments in high pressure two-dimensional glass micromodels. 

They indicated that prior to the breakthrough the main mechanism is displacement. But as 

more CW is injected, CO2 starts to diffuse into the trapped oil left behind, which results in 

oil swelling. Figure 4-1 presents the oil saturation inside the micromodel as a function of 

time. As CWI continued, the isolated swelled oil ganglia reconnect, flow and result in 

higher oil recovery and lower remaining oil saturation. Similar observations were made 

later by Riazi et al. (2009) and Alizadeh et al. (2014).  

Figure 4-2 demonstrates fluid saturation distributions during CWI in a reservoir. 

Initially the reservoir is assumed to be fully saturated with oil with 100% oil saturation. 

Water is injected in secondary mode which reduced the oil saturation to remaining oil 

saturation. Next, tertiary carbonated water injected to the reservoir which results in 

increased in-situ oil saturation and reduced oil viscosity. As a result of lower oil viscosity 

and higher oil saturation inside the reservoir, more oil is produced and less oil remains in 

the reservoir after CWI. 

Sohrabi et al. (2012), conducted several coreflood experiments on Clashach 

sandstone cores. The result of their study revealed that the CWI performance is affected by 

oil viscosity, core wettability, and brine salinity. Moreover, higher oil recovery was 

obtained with mixed-wet core than with the water-wet core; with light oil than the viscous 

oil; and with low salinity carbonated brine than with high salinity carbonated brine. They 

also investigated the effect of rock wettability alteration that could play a role in the oil 

recovery using the micromodel system. Based on the results of this study, one conjectures 

that micromodel surface becomes more water-wet with CWI compared to plain water 

injection.  
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Figure 4-1: Oil saturation versus time during CWI as a secondary recovery method in 

micromodel (Sohrabi et al., 2008). 

Dong et al. (2011) conducted several experiments on eight sand packs to evaluate 

CWI performance. Secondary and tertiary corefloods with various injection rates have been 

performed. They indicated that CWI substantially improves the recovery factor over 

conventional waterflooding.  Additionally, overflooding was observed as a result of high 

injection rates which resulted in 1 ft/day optimal injection rate selection for the performed 

experiments. Nasehi and Asghari (2010) performed coreflood experiments to study the 

effect of CO2 utilization in waterflooding of heavy oils. The results of their experiments 

showed incremental recovery of nearly 15% OOIP due to CWI. Mosavat and Torabi (2014) 

conducted coreflood experiments on sand packs and indicated good potential of CWI for 

both CO2 storage and enhanced oil recovery. They performed secondary and tertiary CWI 

at various pressures and constant temperature. The result of this study showed that 30-40% 

of the CO2 will be stored in the core after injection and a significant increase in oil recovery 

is seen in both secondary and tertiary injection schemes due to oil swelling. 
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(a) 

 

 
(b) 

Figure 4-2: Schematic of saturation variation and oil swelling during carbonated water 

injection (CWI) process. (a) Fluid distribution in a section of an oil/brine/rock 

system (1) initial saturation distribution with an assumed 100% oil saturation 

(2) after water injection (3) during CWI with low viscosity swollen oil and 

some immobilized oil and (4) after CWI with low remaining oil saturation. 

(b) Average in-situ oil saturation versus time during CWI process 

corresponding to Figure 4-2a. CWI causes oil swelling and oil viscosity 

reduction. Thus, less oil is remained in the reservoir after second 

displacement. 
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Mahzari et al. (2017), in an integrated CWI study, conducted CWI corefloods in 

carbonate rocks in secondary and tertiary modes. The results showed significant oil 

recovery improvement due to CWI. Tertiary CWI resulted in 16% incremental oil recovery 

compared to the water injection case. On the other hand, secondary CWI significantly 

improved oil recovery with more than 26% incremental recovery. The difference between 

the results of secondary and tertiary performances was attributed to less available oil to be 

swelled and mobilized in tertiary mode. Qu et al. (2018) carried out CWI coreflooding 

experiments on tight sandstone rocks and compared the results with other processes such 

as waterflooding, water alternating gas (WAG), and surfactant flooding. The results of their 

experiments demonstrated that CWI recovery is 7.2% higher than water injection recovery, 

and 2.7% more than WAG injection recovery. They also indicated that addition of 

surfactant to the injected carbonated water can improve the performance of CWI.  

AlZayer (2017) conducted several CWI experiments on sandstone and carbonate 

rocks. His observation on CWI in sandstones, in contrast to the literature observations, did 

not show incremental oil recovery at pressure of 2000 psi and temperatures of 60 and 80 ̊C. 

However, the observations from carbonate cores showed promising incremental oil 

recovery due to CWI. The results of his experiments on three carbonate cores showed about 

12% incremental oil recovery.  

Mat Ali et al. (2015) in a recent study performed several coreflood experiments to 

investigate the effect of CO2 concentration and wettability alteration during CWI. They 

used sessile drop technique to determine contact angle and analyze wettability alteration. 

The result of this study revealed that higher oil recovery was obtained using higher CO2 

concentrations. Also, as the CO2 concentration increased the rock wettability changed from 

weakly water-wet to water-wet. Seyyedi et al. (2015) conducted a series of contact angle 

measurements to evaluate and analyze wettability alteration of various rocks upon exposure 
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to carbon-rich brine. Three minerals, namely, quartz, mica, and calcite, were exposed to 

plain and carbonated water at a constant temperature of 100 oF with pressure changing from 

100 to 3500 psia. It is observed that CO2 concentration in brine and the initial wettability 

of the rock are two determining factors on the extent of dissolution and consequent 

wettability alteration. They observed that for unaged mica and quartz, wettability goes 

toward more water wettability and neutral wettability conditions. Also, the results of this 

study suggest a pronounced effect of CW on wettability state of calcite minerals due to 

calcite dissolution. Following this study, Seyyedi and Sohrabi (2015) conducted several 

spontaneous imbibition tests on carbonate and sandstone rocks to investigate the potential 

of CW for improving the rate of spontaneous imbibition of water and oil recovery of the 

samples. It is observed that CW has a significant impact on the amount of imbibed water 

and consequently on oil recovery in both sandstone and carbonate rocks. Moreover, calcite 

dissolution was observed at the inlet of the carbonate core due to CW reaction with calcite. 

Similar observation was made by AlZayer et al. (2019) in CWI experiments on Indiana 

limestone cores. 

While there are several coreflood experimental studies on the CWI performance as 

secondary or tertiary EOR methods, there are limited simulation studies on accurate 

modeling of physics of CWI in the literature. Kechut et al. (2011) and Derakhshanfar et al. 

(2012) simulated coreflood experiments to evaluate capability of the existing commercial 

simulators in modeling the CWI. They have considered two injectors in one grid block (one 

injecting water and the other injecting CO2) to simulate CWI. Kechut et al. (2011) have 

indicated that the simulation model using a commercial simulator over-predicts oil 

recovery in CWI by 53%. They have explained several reasons for poor prediction of the 

used commercial simulator. First, the simulator considers instantaneous equilibrium 

between oil, gas, and water. However, the amount of CO2 being dissolved in the oil is 
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expected to be less than what would be with the instantaneous equilibrium assumption. 

Second, the inability of the simulator to account for CO2 diffusion across the hydrocarbon-

water phases hinders appropriate simulation of the CWI process. Thus, by assuming 

instantaneous equilibrium and complete mixing, the carbonated water front was predicted 

to lose its CO2 much faster than it should, resulting in higher oil prediction. 

Foroozesh et al. (2016) developed a 1D, two-phase, and three-component simulator 

to model CWI. The two phases are oil and aqueous phase with three components which are 

water, oil component, and CO2. Although the developed simulator has several limitations 

and assumptions, it is capable of capturing main mechanisms of CWI. In this study, it was 

shown that CWI has better performance in mixed-wet cores compared to water-wet cores 

and it suggested wettability alteration as a possible mechanism of CWI. It was also shown 

that CO2 can be stored in the reservoir due to CWI. Results showed that more CO2 was 

stored in the water-wet rock compared to mixed-wet rock as a consequence of CWI. 

Alvarez et al. (2018a,b), in two recent studies, studied the mechanism of CO2 

transfer, in CWI, between the water and oleic phases. They formulated the conservation 

equations of the considered components and solved the equations with analytical and 

numerical schemes. The developed method is adequate for 1-D incompressible two-phase 

flow with a few chemical components. Also, PHREEQC was used in these studies to find 

the equilibrium state of the species that are soluble both in the oleic and the aqueous phase, 

by the application of Henry’s law. The results of these studies indicated that the solution 

of 1-D analytical model, using Riemann solver, is in a good agreement with the numerical 

model, and can be used to better understand the mechanism of CWI. Moreover, Alvarez et 

al. (2018b) showed that the salinity of injected carbonated brine could affect the enhanced 

oil recovery.  
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4.2 MODEL DEVELOPMENT 

The main mechanism of CWI is based on CO2 transfer from the carbonated brine 

(aqueous phase) to the oil phase, which results in oil swelling and oil viscosity reduction. 

Also, injected carbonated water has low pH which make the injected brine a weak acid. 

This can significantly affect water/rock interactions that might promote changes in 

petrophysical properties or wettability alteration.  

UTCOMP-IPhreeqc, as comprehensively discussed in Chapter 3, can model CO2 

transfer between the phases using two different methods. The first method is using Henry’s 

law to find amount of CO2 dissolution in oil and aqueous phases. An alternate method to 

find the gas solubility in the aqueous phase is using four-phase flash calculation of Peng-

Robinson equation of state (PR-EOS) with Søreide and Whitson’s modification (Søreide 

and Whitson, 1992). As discussed in Chapter 3, this method is more accurate, but is more 

complicated and computationally expensive compared to Henry’s law model. On the other 

hand, results obtained using both methods were similar for the presented scenarios and 

processes. Moreover, the simulation results confirmed accuracy of both methods in 

predicting CO2 solubility in the aqueous phase. Thus, in this study we used Henry’s law to 

find CO2 solubility in the aqueous phase. 

To model CWI, we use the implemented Henry’s law to consider the effect of CO2 

transfer between aqueous and hydrocarbon phases. In this method, to model carbonated 

water injection solution, using UTCOMP-IPhreeqc, we define CO2 as an equilibrium phase 

with brine in IPhreeqc input file, and find the equilibrium condition (amount of CO2 in the 

water) at the desired injection condition. Then the sequential-iterative approach (explained 

in section 3.1) is followed to find the amount of CO2 evolved from brine to the hydrocarbon 

phase. It is worth mentioning that at each timestep after reaching the equilibrium state by 

IPhreeqc, the density of the aqueous phase is updated to be used in further calculations. 
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Injection of carbonated water into a reservoir could lead to mineral dissolution, 

which could change the wettability of the rock or change porosity and permeability similar 

to acidizing. Carbonate minerals, such as calcite (CaCO3) and magnesium carbonate 

(MgCO3), react with water in presence of CO2. The main reactions that occur as a result of 

CO2 dissolution in water are the following: 

 

2 2 2 3( ) ,H O CO aq H CO   (4.1) 

2 3 3 ,H CO H HCO    (4.2) 

2

3 3 .HCO H CO     (4.3) 

The following reaction indicates how calcite, the main mineral present in carbonate 

rocks, is dissolved in presence of carbonated brine: 

 

2

3 3CaCO H Ca HCO      (4.4) 

Dissolution of calcite might result in an increase in porosity and permeability, or 

cause wettability alteration. In this study we consider the effect of carbonated water 

reaction with calcite using the reactions defined in IPhreeqc and apply the effect of calcite 

dissolution on wettability alteration, or porosity and permeability variations. Based on the 

dissolved amount of calcite we will be able to see if carbonated water changes the 

wettability or the petrophysical properties of the rock.  

If calcite dissolution occurs near the injection well at the inlet, similar to acidizing, 

the reactive dissolution resulting from CWI yields a continuous change in the pore 

structure, local porosity, and permeability of the rock. We adopt the following relationship 
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to evaluate the relative increase in permeability with respect to its initial value (Panga et 

al., 2005; Maheshwari et al., 2013): 
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where 
0k  and 

0  are initial values of porosity and permeability.   and   are pore 

connectivity and pore bridging parameters, respectively. These two parameters depend on 

the rock type and the injected acid in acidizing stimulations (Panga et al., 2005; Ghomem 

and Brady, 2015). In this research study we use them to account for the change in 

permeability resulting from the opening of the pore throats and the broadening of the pores. 

If   and   are set equal to 1, the above equation reduces to well-known Carman-Kozeny 

correlation (Kozeny, 1927; Carman, 1956).   

If the wettability of the rock changes, wettability is dynamically altered as a 

function of calcite dissolution similar to wettability alteration due to low salinity 

waterflooding explained in Korrani et al. (2015). In order to dynamically model calcite 

dissolution and its effect on wettability alteration, two amounts of calcite as maximum and 

minimum thresholds are defined. max  is the maximum amount of calcite above which rock 

is at its initial wettability state, min  is the amount of calcite below which enough amount 

of calcite has been dissolved and the rock is strongly water-wet. An interpolating 

parameter,  , in Eq. (4.6) is defined to interpolate relative permeability of the rock between 

two sets of oil-wet and water-wet permeability similar to wettability alteration modeling in 

low salinity waterflooding process. 
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4.3 MODEL VERIFICATION 

Alvarez et al. (2018b) developed an analytical 1D model, using Riemann solver, 

and compared the results of CWI with the numerical model implemented in COMSOL. 

They indicated that not only the analytical model can explain the physics of CWI, but it 

can also be used to verify numerical models in other compositional simulators. In this study 

we set up a physical model similar to the one presented in Alvarez et al. (2018b) to validate 

our model and to analyze the mechanisms of CWI.  

We consider a 1D column model with porosity of 0.37, with incompressible fluids 

with two-phase flow. We assume that the reservoir initially is filled with oleic (decane) and 

brine phases, in which both phases are in equilibrium with the dissolved CO2. The aqueous 

phase has an initial saturation of 15% with 0.3 mol/liter NaCl concentration at a constant 

pH of 2.74. The dissolution of decane in the aqueous phase or water in the oleic phase is 

disregarded; however, CO2 can transfer between both phases. We further assume no 

brine/rock interactions in this model. Oil and brine has viscosities of 2 cp and 1 cp, 

respectively. A low salinity water (0.03 mol/liter NaCl solution) with concentrated CO2 at 

pH of 2.74 at a constant injection velocity of 10-5 m/s is injected into the reservoir and 

changes in saturation, Darcy velocity, pH, and component concentrations are monitored.  

Figure 4-3 presents the water saturation, the chloride concentration, the 

dimensionless Darcy velocity (
inj

D

inj

u u
u

u


 ), and the dimensionless pH (

inj

D

inj

pH pH
pH

pH


 ) profiles at time 10000 s. The molar densities of CO2 and decane in 

the oil phase as a function of dimensionless distance is also indicated in Figure 4-4. The 
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molar densities of these components are the oleic phase molar density times the mole 

fraction CO2/decane in the oleic phase. Both figures show that the simulation results are in 

a good agreement with the results of Alvarez et al.’s (2018b) numerical model results. 

According to Figure 4-3, behind the water saturation front, pH increases up to some state 

as a result of CO2 transfer to the oleic phase and then decreases and forms a peak. The pH 

peak is also consistent with the chloride concentration change in the aqueous phase. 

Moreover, as a result of CO2 mass transfer among the oleic and the aqueous phases, a 

variable Darcy velocity is observed. Figure 4-4 demonstrates that as CO2 saturated low 

salinity brine in injected, CO2 molar density is increased, while decane molar density is 

decreased. This leads to oil dilution with CO2 and a reduction in remaining oil saturation 

behind the front, which results in ultimate improved oil recovery.  
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Figure 4-3: Water saturation, chloride concentration, dimensionless pH, and dimensionless 

Darcy velocity profiles at time 10000 s. 
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Figure 4-4: Profiles of CO2 and decane molar densities in the oil phase. 

4.4 CWI COREFLOOD HISTORY MATCHING  

We use the CWI modeling procedure explained above to history match two 

corefloods on sandstone and carbonate rocks. The results are used to validate the modeling 

approach and explain the mechanism of CWI in sandstone and carbonate rocks. 

4.4.1 Sandstone Coreflood 

We use the results of CWI experiments on a water-wet Clashach sandstone core 

with dimension and properties given in Table 4-1. High purity n-decane with a viscosity of 

0.83 cp and density of 0.728 g/cc at test condition is used as an oil sample. A 10,000 ppm 

brine with 0.8 wt% sodium chloride (NaCl) and 0.2 wt% calcium chloride hexahydrate 

(CaCl2.6H2O) is used in the coreflood. Details of core preparation and coreflood procedure 

are explained in Kechut et al. (2011). CO2 solubility in this brine at 2000 psi and 100 oF 

(test condition) is reported to be 29.9 scc/cc. In this experiment, first, core is cleaned and 
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fully saturated with decane. Brine is injected at a displacement rate of 20 cc/hr until no 

change in oil recovery is observed. Next, the core is cleaned and fully saturated with oil 

and the carbonated water is injected with the same injection rate until no more increase in 

oil production is observed. 

Table 4-1: Core and fluid properties used in the experiment by Kechut et al. (2011) 

Property Value 

Length 1.0 (ft) 

Diameter 2.0 (in) 

Porosity 18.5 (%) 

Permeability 1300.0 (mD) 

Brine salinity 10000.0 (ppm) 

Brine density 1.0 (g/cc) 

Brine viscosity 0.67 (cp) 

Dead oil density 0.728 (g/cc) 

Dead oil viscosity 0.83 (cp) 

 

We design a 1-D Cartesian simulation model with 100 grid blocks (shown in Figure 

4-5) to model plain and carbonated waterfloods. Dimensions and petrophysical properties 

considered in the model are all consistent with the reported parameters of Table 4-1. 

Following the Kechut et al. (2011) procedure, initial oil and water saturations are defined 

100% and 0%, respectively. Absolute permeability in the flow direction (x-direction) is 

constant and equal to the measured core permeability. Moreover, we tuned the properties 

of the fluid components to reproduce the density and viscosity of dead oils reported from 

the experiments. We use PHREEQC to find the solubility of CO2 in water as reported in 
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the experiments at test temperature and pressure. Table 4-2 presents the active aqueous 

geochemical reactions in the PHREEQC for aqueous-hydrocarbon interactions modeling. 

The reported parameters in the experiment are set and other related parameters such as end-

point relative permeability, residual saturations, and exponents for oil and water are used 

as tuning parameters. After matching pressure and recovery of waterflooding the same 

parameters are used to model CWI experimental data. 

 

 

Figure 4-5: 1D model with 100 grid blocks to history match measured CWI coreflood data. 

Table 4-2. Aqueous reactions (equilibrium constants are at 25 ̊C; Parkhurst and Appelo, 

2013). 

Geochemical reactions Log K Geochemical reactions Log K 

2H O OH H    -14.0 
2 2

3 3Ca CO H CaHCO       11.4 

Na OH NaOH    -10.0 
2 2

3 3Ca CO CaCO    3.22 

3 3Na HCO NaHCO    -0.25 
2

2Ca H O CaOH H      -12.8 
2

3 3Na CO NaCO     1.27 
2

3 3CO H HCO     10.3 
2

3 2 22CO H CO H O     16.7   

 

At test conditions (2000 psi and 100 oF), CO2 is miscible in oil and large swelling 

occurs as a result of CO2 dissolution from carbonated water to the oil phase; subsequently 
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a significant decrease in oil viscosity occurs. This is in line with Kechut et al. (2011) 

experimental observations. Figure 4-6 presents oil recovery of the waterflood and 

carbonated waterflood performed on Clashach core sandstone. Figure 4-7 compares 

measured and simulated data of differential pressure during WI and CWI processes. This 

figure presents similar trend for pressure drop across the core for both processes with 

maximum dp at breakthrough time.  Figure 4-8 shows the relative permeability curve used 

to match both waterflood and carbonated waterflood data. The results demonstrate 6% 

increase in oil recovery from secondary CWI compared with waterflood. Moreover, as 

observed in Figure 4-6, oil recovery for both water and CW floods are the same before 

water breakthrough with piston like displacement. However, after breakthrough, CO2 

dissolves into the bypassed oil and the result is oil swelling and subsequent oil viscosity 

reduction. Due to miscibility of CO2 and decane at test condition, no separate gas phase is 

seen inside the core and gas saturation is zero throughout the coreflood. It is worth 

mentioning that in this coreflood simulations, we have not considered any change in rock 

properties nor wettability alteration due to CWI. 
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Figure 4-6: Simulated results of oil recovery against experimental oil recovery of WI and 

CWI Clashach sandstone corefloods. 

 

Figure 4-7: Simulated differential pressure against measured DP of WI and CWI Clashach 

sandstone corefloods. 
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Figure 4-8: The resulting relative permeability curve from history matching the 

waterflooding data. 

Figure 4-9 presents the result of simulation of CWI by Kechut et al. (2011) using a 

commercial software. Comparing Figures 4-6 and 4-9 indicates that CWI simulation by 

Kechut et al. (2011) overpredicts oil recovery after CW breakthrough. The simulator used 

by Kechut et al. (2011) assumes the dissolution within each phase and not between the 

water and HC phase. Hence, CO2 does not transfer from carbonated water to the HC, but 

it completely equilibrates with the HC. Therefore, the amount of CO2 dissolved in oil is 

equal to the amount of injected CO2 (complete mixing) which overestimate oil swelling 

and viscosity decrease due to CWI. This assumption does not exist in our simulations which 

results in appropriate prediction of CO2 distribution among HC and water phases during 

CWI. Hence, as indicated in Figure 4-6, a good match is observed between experimental 

and simulated data.  
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Figure 4-9: Simulation results of oil recovery against experimental experimental oil 

recovery of WI and CWI corefloods (Kechut et al. 2011). 

Figure 4-10 depicts saturation distribution inside the core for WI and CWI 

processes at different pore volumes of injection. As can be seen there is no significant 

difference between WI and CWI saturation profiles before water/carbonated water 

breakthrough (0.5 PV). However, after breakthrough higher oil saturation is observed 

inside the core in CWI compared to WI (2 PV and 3.5 PV) as a result of oil swelling. Higher 

oil saturation results in higher relative permeability and reduction of mobility ratio which 

ultimately increases oil recovery. 

 



 223 

 

 

 

 

 

Figure 4-10: Oil saturation profiles along the core for WI and CWI scenarios. 

Figures 4-11 and 4-12 show CO2 mole fraction in the oil phase and oil viscosity 

distribution inside the core at different pore volumes, respectively. It is observed that oil 

viscosity reduces as carbonated water invades the core and CO2 liberates from water to 
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hydrocarbon phase. This translates to ultimate 50% oil viscosity reduction which further 

reduces the mobility ratio and recovers more oil compared to WI. 

 

 

Figure 4-11: CO2 mole fraction distribution inside the core in the oil phase at different pore 

volume injection. 

 

Figure 4-12: Oil viscosity distribution inside the core at different pore volume injection. 
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4.4.2 Carbonate Coreflood 

AlZayer et al. (2019) conducted carbonated waterflooding on Texas Cream 

carbonate cores. They used a crude oil with density of 0.86 g/cc and a viscosity of 55 cp at 

the experimental temperature of 60 ̊C. The brines were prepared by adding NaCl to 

deionized water to reach a brine salinity of 10,000 ppm. Moreover carbonated water was 

prepared by adding CO2 (99.99% purity) to the prepared brine at pressure and temperature 

of 2000 psia and 60 ̊C, respectively. The prepared solution was then left to equilibrate 

overnight and tested to ensure that the dissolved amount of CO2 is consistent with the 

published data. CO2 solubility in this brine at 2000 psi and 60 oC (test condition) is reported 

to be 25 scc/cc. 

Prior to the experiment, each core was placed in an oven at 80 °C for 24 hours to 

dry. The core physical properties, including weight and dimensions, were recorded. The 

core was then sealed with Teflon tape and aluminium foil before wrapping it with a heat-

shrink plastic tube. After sealing, the core was placed inside a rubber sleeve and the core 

holder. Each core was saturated with oil by vacuum saturation. The pore volume (PV) and 

permeability were then determined after the oil saturation process. Core and fluid 

properties and experimental conditions are presented in Table 4-3. 

After completing the saturation process, the core holder was connected to the 

accumulators holding the brine and the carbonated water, and the back pressure regulator 

(BPR) pressure was raised to 2000 psi. The pore pressure was raised to 2000 psi by 

injecting oil. Then brine was injected at a constant flow rate 0.5 PV/day. The waterflood 

was continued until no more oil was observed at the fractional collector. The waterflood 

was then followed by the carbonated waterflood at constant pressure and temperature of 

2000 psi and 60 ̊C, respectively.  
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Table 4-3: Core and fluid properties and experimental condition of the coreflooding 

experiment by AlZayer et al. (2019). 

Property Value 

Length 1.0 (ft) 

Diameter 1.5 (in) 

Porosity 29.0 (%) 

Permeability 25.0 (mD) 

Brine salinity 10000.0 (ppm) 

Dead oil density 0.86 (g/cc) 

Dead oil viscosity 55.0 (cp) 

Pressure 2000.0 (psi) 

Temperature 60 (̊C) 

Soi 100 (%) 

Injection rate 0.033 (ml/min) 

 

To model carbonated waterflooding scenario of AlZayer et al. (2019), we construct 

a numerical model as shown in Figure 4-13. The model is 2D and composed of 5×25 

gridblocks with 100% initial oil saturation. The porosity is non-uniform (as shown in 

Figure 4-13) to represent the heterogeneity in carbonate rocks. Fluid properties were tuned 

to replicate the oil and water properties at the experimental condition. Initial waterflood of 

the experiment was matched by using oil and water relative permeability curves as the 

tuning parameters: Sor= 0.2, Swr= 0.3, kro0= 0.9,krw0= 0.07, eo= 3.7, and ew= 2. The larger 

exponent for oil indicates mixed/oil-wettability. After obtaining a satisfactory match to the 
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initial waterflood data, the model was used to simulate the behavior of the carbonated water 

flood against the recorded experimental data.  

 

 

Figure 4-13: 2D heterogeneous model with 125 gridblocks to historymatch measured CWI 

coreflood data of AlZayer et al. (2019). 

Figures 4-14 and 4-15 show the curves generated from the simulation model 

prediction run, which were superimposed onto the recorded experimental data for 

cumulative oil recovery and pressure drop, respectively. The oil recovery results obtained 

from the simulation run were comparable to the experimental data for the initial water 

flood. Water broke through at 0.4 PV and the waterflood recovery was 55% after 3.9 PV 

of water injection. CWI produced an oil bank which appeared at the outlet after 0.5 PV of 

carbonated water injection. The oil recovery increased from 55% to 66% OOIP upon CWI 

with the majority of the oil produced within the first and second PV of carbonated water. 
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Comparing simulated and measured pressure data shows a good agreement between 

those during waterflooding stage. However, the pressure drop was underpredicted using 

the simulation model. We believe this inconsistency is due to not considering the plugging 

effect and grain movement as was observed in the experiment. AlZayer et al. (2019) 

observed plugging during the third PV of CWI at the BPR. Although the effect of calcite 

dissolution was considered in the simulation model, the numerical model does not take into 

account the grain movement and fines migration which was observed in this experiment. 

We speculate that history matching of pressure drop could be improved once the plugging 

effect is considered. 

 

 

Figure 4-14: Comparison of simulated and measured (AlZayer et al., 2019) oil recovery. 
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Figure 4-15: Comparison of simulated and measured (AlZayer et al., 2019) pressure drop 

along the core. 

Figure 4-16 shows the oil-phase CO2 concentration, viscosity and saturation along 

the core from simulation at 1 PV injection of carbonated water. CO2 was transferred from 

the water phase to the oil phase; CO2 mole fraction got as high as 0.22 which reduced the 

oil phase viscosity. Note that the oil phase viscosity decreased from 57 cp to about 20 cp. 

The lower viscosity of oil mobilized a part of the residual oil. The oil saturation decreases 

to about 0.37 at the entrance of the core at 1 PV of carbonated water injection. 
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Figure 4-16: Oil phase CO2 concentration, viscosity and saturation along the core, from 

simulation, after 1 PV injection of carbonated water injection. 

4.5 SENSITIVITY ANALYSIS 

Sensitivity analysis on various operational and reservoir parameters is one of the 

most important aspects of any EOR method design including CWI. A complete sensitivity 

analysis of the process is out of scope of this research; however, we investigate the effect 

of following parameters on CWI performance: oil viscosity, start time of CWI, CO2 content 

of CWI, and oil type (live/dead oil). For comparison, all fluid and reservoir properties, as 

well as operational parameters (e.g. injection rate, pressure, and temperature), are kept the 

same as secondary CWI simulations performed on sandstone coreflooding case study 

presented in section 4.4.1. 
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4.5.1 Oil Viscosity 

We performed simulation for different oil types with a range of viscosity from 2 to 

2600 cp. The viscosity of the oil is controlled by changing the molar contribution of light, 

intermediate, and heavy oil components. The results of incremental oil recovery due to 

CWI versus initial crude oil viscosity at different injection states are indicated in Figure 4-

17. It is seen that CWI performance and incremental oil recovery significantly depend on 

initial oil viscosity. For low oil viscosities CWI resulted in less than 10% incremental oil 

recovery; however, for intermediate and heavy oils resulted in over 20% incremental 

recovery. Moreover, it is observed that for low oil viscosities no increase in oil recovery is 

seen after 3PV of injection, while for intermediate and high viscosity oils there is a 

considerable change in incremental oil recovery as CWI duration increased. Thus, in 

general, higher incremental oil recovery is seen for heavier oils but at later times because 

it takes more time to mobilize the remaining heavy oil. 

 

 

Figure 4-17: CWI incremental oil recovery as a function of initial oil viscosity. 
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4.5.2 Secondary and Tertiary CWI 

In this section we compare the secondary and tertiary CWI performance. 

Carbonated water is injected in tertiary mode after 0.5, 1, 2, and 3 PV of water injection. 

Figure 4-18 compares oil recovery from secondary WI, secondary CWI and tertiary CWI 

after 6 PV of injection. It is observed that secondary and tertiary CWI have identical 

ultimate oil recovery and both scenarios indicate over 8% incremental oil recovery over 

WI. Moreover, while secondary and tertiary CWI have identical ultimate oil recovery, 

secondary CWI recovers higher oil rates at earlier times. For instance, incremental oil 

recovery of 6% after 3 PV of secondary CWI is observed compared to the case of secondary 

WI (2 PV) followed by CWI. 

 

 

Figure 4-18: Comparison of cumulative oil recovery by secondary and tertiary CWI. 



 233 

4.5.3 CO2 Content of the Carbonated Brine 

We investigate the effect of CO2 content of carbonated water on oil recovery by 

defining different amounts of mole of CO2 in the injected water. For the base simulation 

case, at test condition with brine salinity of 10000 ppm, CO2 reported to have a solubility 

of 29.9 scc/cc. We injected CW with CO2 solubility varying from 4 to 30 scc/cc. Figure 4-

19 presents the effect of CO2 content on recovery of CWI core flood. It is seen that 

increasing CO2 content has a significant effect on oil recovery and as CO2 solubility 

increases from 0 to 13 scc the same incremental oil recovery is seen as solubility increases 

from 24 to 30 scc/cc. Since the injected CW has low salinity (10000 ppm), considering 

deionized water does not have a considerable effect on CO2 solubility and the consequent 

oil recovery. The results indicate that brine with reduced carbonation results in less 

incremental oil recovery compared to fully CO2 saturated brine. Moreover, in practical 

applications, since access to large amount of CO2 is not required for CWI, usually brine is 

fully saturated with CO2. 
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Figure 4-19: Effect of CO2 content of the injected brine on CWI performance. 

4.5.4 Live/Dead Crude Oil 

All the WI and CWI in the above mentioned models are performed with dead crude 

oil at reservoir condition. In order to evaluate CWI performance with a live crude oil, a 

synthetic oil with 40% methane and 60% decane is considered. The considered live crude 

oil has a viscosity and a density of 0.49 cp and 0.66 g/cc, respectively. At pressure of 2000 

psi and temperature of 100 ̊F, CO2 is miscible in this oil and no separate gas is observed 

during injection. Figure 4-20 compares the performance of secondary CWI to that of WI, 

both performed with the synthetic live crude oil. Secondary CWI results in 13% additional 

ultimate oil recovery compared to conventional WI. Moreover, at the time of breakthrough, 

CWI resulted in 3% incremental oil recovery. However, we did not observe any CWI 

incremental oil recovery at the breakthrough for the dead crude oil base case presented in 
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Figure 4-6. These results are in accordance with CWI coreflood experiments on live crude 

oils performed by Sohrabi et al. (2015). 

 

 

Figure 4-20: WI and CWI secondary oil recovery in a core filled with a synthetic live oil. 

4.6 FLUID/ROCK INTERACTIONS IN CWI 

In order to investigate the effect of CWI on water-rock interaction, we designed a 

2D, 5.8×0.145×1.45 ft3 (80×1×20 gridblocks) cross-section reservoir model as presented 

in Figure 4-21. The injector and producer are fully perforated in z-direction and CWI is 

injected with a rate of 200 cc/hr from the injector. The rock is considered to be 100% calcite 

and all other reservoir and operational properties are similar to the base case and are 

presented in Table 4-4. We consider two different porosity/permeability realizations: a 

homogenous and a heterogeneous porosity distribution. Furthermore, we investigate the 
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effect of two phase flow on fluid-rock interactions and its effect on reservoir petrophysical 

properties during CWI.  

 

Table 4-4: Reservoir and fluid properties of synthetic cross-section reservoir model. 

Parameter Value (Unit) 

No. of gridblocks 1600 (80×1×20) 

Δx 0.0725 (ft) 

Δy 0.145 (ft) 

Δz 0.0725 (ft) 

Permeability 

x-direction 150 (mD) 

y-direction 150 (mD) 

z-direction 150 (mD) 

Porosity 0.25 

Rock compressibility  20.0×10-6 (psi-1) 

Water compressibility  3.0×10-6 (psi-1) 

Brine salinity 10000.0 (ppm) 

Brine density 1.0 (g/cc) 

Reservoir temperature  100.0 (oF) 

Initial pressure  2000.0 (psi) 

Water viscosity  1.0 (cp) 

Number of wells 2 
1 injector 

1producer 

Well injection rate 200 (cc/hr) 

Simulation time 5 (PV) 
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Figure 4-21: Synthetic cross-section reservoir model. 

4.6.1 Case Study 1: Homogenous, Single Phase Flow 

For the homogenous case, the reservoir has a constant initial porosity of 25% with 

100% initial water saturation. CW is injected for 5 pore volumes and the calcite dissolution 

as a result of its reaction with the dissolved CO2 is investigated throughout the reservoir. 

Figure 4-22 indicates the porosity distribution inside the model after 5 PV of CWI. As 

shown in this figure, the dissolution occurred on the rock surface similar to carbonate 

acidizing scenarios. Also, no calcite dissolution was observed in other reservoir regions. 

Thus, the wettability alteration as a result of calcite dissolution did not occur due to CWI. 

 

 

Figure 4-22: Porosity distribution inside the synthetic cross-section reservoir model for 

single phase flow after 5 PV of CWI. 
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4.6.2 Case Study 2: Homogenous, Two Phase Flow 

Similar to Case study 1, the reservoir is homogeneous; however, the initial water 

saturation is changed to 20%. Porosity and water saturation distributions after 0.5, 1.5, and 

2.5 PVs of CWI are indicated in Figures 4-23 and 4-24, respectively. As observed in Figure 

4-23, after 0.5 PV of CWI, dissolution starts at the reservoir inlet in all perforated 

gridblocks. However, as injection continues, since carbonated water is denser than the in-

situ water and oil, it is moved toward the bottom of the reservoir and results in massive 

dissolution in that region. This is in accordance with water/CW saturation profile indicated 

in Figure 4-24. After 0.5 PV of CWI, a homogeneous distribution of water saturation is 

observed along the width of the reservoir model. Similarly, porosity is dissolved in all 

layers near the reservoir inlet. As the injection continues, after 1 PV of CWI, water 

saturation front advances and dissolves more rock in all layers which increases the porosity 

in all layers. As the injection continues, significant changes in water saturation is observed 

at the bottom of the reservoir. This results in more calcite dissolution in bottom of the 

reservoir with more porosity/permeability enhancements. 
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(a) 

 

 
(b) 

 

 
(c) 

 

 
(d) 

Figure 4-23: Porosity distribution inside the synthetic cross-section reservoir model for two 

phase flow after (a) 0.5 PV, (b) 1 PV, (c) 1.5 PV, and (d) 2.5 PV of CWI. 
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(a) 

 
(b) 

 
(c) 

 
(d) 

Figure 4-24: Water saturation distribution inside the synthetic cross-section reservoir 

model for two phase flow after (a) 0.5 PV, (b) 1 PV, (c) 1.5 PV, and (d) 2.5 

PV of CWI. 
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4.6.3 Case Study 3: Heterogeneous, Single Phase Flow 

To investigate the effect of CWI on rock properties we generate a heterogeneous 

model with random porosity and permeability distributions. We assume isotropic 

permeability with log-normal distribution with an average value of 150 md and Dykastra-

Parsons coefficient of 0.6133. Similarly, for porosity, a log-normal distribution with an 

average value of 0.25 is generated. Permeability varies from 1 md to 1000 md in the model, 

while porosity changes from 0.1 to 0.55. Figures 4-25 and 4-26 show the generated porosity 

and permeability fields in the model, respectively. All other fluid and reservoir properties 

are the same as that of Case study 1.  

 

 

Figure 4-25: Generated distribution of porosity for the synthetic cross-section reservoir 

model. 

 

 

Figure 4-26: Generated distribution of absolute permeability (in md) for the synthetic 

cross-section reservoir model. 
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The reservoir is initially 100% saturated with brine and carbonated water is injected 

with an injection rate of 200 cc/hr. Figure 4-27 indicates porosity distribution after 1, 2, 3, 

4, and 5 PV of CWI. The results indicate that as injection continues, dissolution propagates 

similar to wormhole generation in carbonate acidizing, which results in 5 in. wormhole 

penetration inside the reservoir. It is also noted that, unlike the homogeneous case, the 

wormhole evolves from an injection point which has higher permeability compared to other 

layers. In Case study 1, CWI resulted in calcite dissolution near the injection inlet and 

dissolution was not observed inside the reservoir. However, as indicated in Figure 4-27, 

heterogeneity resulted in penetration of calcite dissolution which created a wormhole.  

 

 

 
(a) 

 

 
(b) 

 

Figure 4-27. 
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(c) 

 

 
(d) 

 

 
(e) 

Figure 4-27: Porosity distribution inside the synthetic heterogeneous cross-section 

reservoir model for single phase flow after (a) 1 PV, (b) 2 PV, (c) 3 PV,  (d) 

4 PV, and (e) 5 PV of CWI. 

4.6.3 Case Study 4: Heterogeneous, Two Phase Flow 

This case is similar to Case study 3, but the initial water saturation is changed to 

0.3 and two-phase flow exists. This case is the most realistic to model near wellbore region 

during carbonated water injection for the following reasons: 1. a realistic heterogeneity is 

introduced in the model; 2. both oil and brine exist in the model; 3. Carbonated water is 
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injected and geochemical reaction between the injected CW and the rock is considered; 

and 4. CO2 transfer between the oil and the aqueous phases is considered. The porosity 

maps after 1, 2, 3, 4, and 5 PVs of CWI are illustrated in Figure 4-28. It is observed that in 

a two-phase flow system, wormhole has penetrated more in the reservoir. In Case study 3, 

for a single phase flow, wormhole penetrated in the reservoir for 5 in. However, in this 

case, wormhole is created faster and has penetrated deeper into the reservoir (~1.2 ft.). 

Comparing of heterogeneous cases with homogeneous cases reveals that in presence of 

heterogeneity the dissolution starts from the layer with higher conductivity and wormhole 

is created. Whereas, in homogeneous cases, wormhole is not generated due to CWI, and 

uniform dissolution of calcite occurs near the reservoir inlet. 

 

 
(a) 

 

 
(b) 

 

Figure 4-28. 
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(c) 

 

 
(d) 

 

 
(e) 

Figure 4-28: Porosity distribution inside the synthetic heterogeneous cross-section 

reservoir model for two phase flow after (a) 1 PV, (b) 2 PV, (c) 3 PV,  (d) 4 

PV, and (e) 5 PV of CWI. 

4.7 FIELD-SCALE STUDY 

To study the application of CWI in a field-scale scenario, the design of the 

sandstone coreflooding (presented in section 4.4.1) is applied to a synthetic quarter five-

spot pattern reservoir. The composition of in-situ brine is similar to that of the same 
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coreflooding case. Moreover, BSB live oil with the composition and properties presented 

in Table 2-6 is considered in the reservoir. The reservoir is initialized at a pressure and 

temperature of 2000 °F and 4000 psi, respectively. The reservoir is assumed heterogeneous 

with Dykastra-Parsons coefficient of 0.6656, and average porosity and permeability of 0.25 

and 300 mD, respectively. The generated permeability and porosity fields are shown in 

Figures 4-29 and 4-30, respectively. Other reservoir characteristics are presented in Table 

4-5. 

 

 

Figure 4-29: Distribution of absolute permeability (in mD) for the generated quarter 5-spot 

pattern reservoir model. 
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Figure 4-30: Distribution of porosity for the generated quarter 5-spot pattern reservoir 

model. 

As shown in the reservoir model, one producer and one injector are defined at two 

corners of the reservoir. Both wells are perforated through the reservoir in all three layers. 

To evaluate the efficiency of CWI, two different scenarios are simulated and results are 

compared. In the first scenario simple water is continuously injected for 3 PVs and in the 

second scenario 3 PVs of carbonated water are injected. Injected carbonated water is 

prepared by equilibrating CO2 with the formation brine at pressure and temperature of 2000 

psia and 200 ̊F, respectively. The producer is defined under constant bottom-hole pressure 

of 2000 psia and injector is defined under constant injection rate of 400 bbls/day. 

Figure 4-31 compares the results of oil recovery for carbonated water injection 

against water injection. CWI resulted in about 4% incremental oil recovery compared to 

water injection scenario. The main mechanism observed in this case is oil viscosity 

reduction with slight oil swelling. Oil viscosity initially increased due to increase in 

pressure. However, as the CWI continued CO2 transferred to the oil phase and reduced the 
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oil viscosity from 2.95 cp to 2.05 cp. Also, similar to coreflooding observations, before 

water/carbonated-water breakthrough, both WI and CWI show similar oil recovery. This 

shows that prior to the CW breakthrough, displacement is the main mechanism and other 

CWI mechanisms are not observed.  

Table 4-5: Reservoir characteristics for the 2D quarter 5-spot pattern reservoir model. 

Parameter Value (Unit) 

No. of gridblocks 4800 (40×40×3) 

Δx 10.0 (ft) 

Δy 10.0 (ft) 

Δz 15.0 (ft) 

Permeability 

x-direction Heterogeneous 

y-direction Heterogeneous 

z-direction Heterogeneous 

Porosity Heterogeneous 

Rock compressibility 20.0×10-6 (psi-1) 

Water compressibility 0.0×10-6 (psi-1) 

Initial water saturation 25 (%) 

Irreducible water saturation 0.25 

Reservoir temperature 200.0 (oF) 

Initial pressure 2000.0 (psi) 

Reservoir depth 0. (ft) 

Water viscosity 1.0 (cp) 

Number of wells 2 
1 injectors 

1producer 

Well injection rate 400 (bbls/day) 

Simulation time 3.0 (PV) 
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It should be noted that in this field-case, limited amount of CO2 was dissolved in 

brine (at low pressure of 2000 psi and temperature of 200 ̊F) which ultimately resulted in 

4% incremental oil recovery. We speculate that since at higher pressure more CO2 is 

dissolved in brine, preparing carbonated water at higher pressures will result in higher 

incremental oil recovery due to CWI.  Moreover, as shown in the sensitivity study, if the 

oil viscosity is higher a more favorable result of CWI is expected.  

 

 

Figure 4-31: Simulated oil recovery of the quarter five-spot pattern for secondary water 

and carbonated water injection scenarios. 
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Chapter 5:  High Performance Computing and Computational 

Improvements in Reactive-Transport Numerical Simulation  

The main objective of this chapter is to reduce the computational time of reactive-

transport problems using two different approaches: 1. implementing geochemical modules 

of UTCOMP-IPhreeqc into a parallel reservoir simulator framework; 2. development of a 

new speedup scheme to reduce the computational time of geochemical calculations in 

reservoir simulations. In the first section of this chapter, background and motivation of the 

parallelization and necessity for computational time improvements are presented. The 

chapter is followed by a presentation of methods used to implement geochemical modules 

in the parallel reservoir simulator framework. Also, the new speedup scheme is presented. 

Several case studies are presented to verify and evaluate efficiency of the presented 

approaches.  

5.1 BACKGROUND AND MOTIVATION 

As mentioned in Chapter 2, an efficient algorithm has been used to couple IPhreeqc 

with UTCOMP. However, due to the nature of geochemical calculations, in a reactive-

transport process, major portion of CPU time is spent on geochemical calculations. In 

UTCOMP-IPhreeqc, depending on the nature of the problem and size of the reservoir 

model, at least 50% of the calculation time is spent on geochemical calculations. Similarly, 

in PHAST, the USGS groundwater simulator, the required time spent on geochemical 

calculations is at least twice the total time spent on flow and transport calculations 

(Parkhurst et al., 2010). It is reported that in PHAST, usually 90 to 99 percent of the CPU 

time is spent on geochemical calculations (Parkhurst and Kipp, 2002). 

To tackle this issue Korrani (2014) parallelized the geochemical modules of 

UTCOMP-IPhreeqc to develop a semi-parallel version of the reactive-transport simulator. 
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The parallelization scheme is similar to that of PHAST. In this parallelization algorithm, 

multiple processors are initialized at the beginning of the simulation. A single processor 

(usually called master processor) performs all flow and transport calculations, while 

geochemical calculations are distributed among all the processors (master and slave 

processors). Hereafter in this dissertation “the semi-parallel version of UTCOMP-

IPhreeqc” is called UTCOMP-IPhreeqc for simplicity. Figure 5-1 shows the computational 

algorithm of parallel processing of UTCOMP-IPhreeqc and PHAST.   

 

 

 

 

 

Figure 5-1: Computational algorithm of parallel-processing version of UTCOMP-IPhreeqc 

and PHAST (slightly modified from Parkhurst et al., 2010). 

In UTCOMP-IPhreeqc, in addition to geochemical modules, phase behavior 

calculation modules are also parallelized to further improve parallel performance of the 

simulator (Korrani, 2014). According to the reported results, parallelizing the geochemical 

and phase behavior modules significantly reduced the computational time of reactive-

transport problems. However, due to complexity of real-world reservoirs, performing 

geochemical calculations along with other processes in large-scale reservoir simulations 
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can be computationally expensive. Hence, in this chapter we focus on two different 

approaches to improve computational time of simulating reactive-transport processes.  

The first approach is to implement geochemical modules of UTCOMP-IPhreeqc 

into UTCOMPP. Ghasemi Doroh (2012) developed UTCOMPP, parallel version of 

UTCOMP simulator, under the Integrated Parallel Architecture Reservoir Simulator 

(IPARS) framework. UTCOMPP contains all physical and numerical features of 

UTCOMP with some additional features, such as high performance parallel solvers 

(PETSc, SAMG, and Hypre), keyword-based input format, and inactive cell exclusion. The 

second approach is to reduce computational time in each timestep by performing the 

geochemical equilibrium calculations for necessary gridblocks.  

In the following sections, we first present basics of parallel programming followed 

by a method that we use to implement geochemical modules of UTCOMP-IPhreeqc into 

UTCOMPP. We also present a new speedup scheme that can significantly reduce the 

computational time of geochemical calculation without performing parallel processing. 

5.1.1 The Concept of Parallel Processing  

Parallel processing, in the context of computer science, is the simultaneous use of 

multiple processing units (processors) to solve a computational problem. The main purpose 

of parallel processing is to reduce the wall-clock time of intensive computational problems 

by dividing the problem among different processors. For instance, if a job is divided among 

N processors, it is ideally expected to perform the job N times faster. Moreover, using 

multiple nodes to perform a job increases capability by increasing the amount of available 

memory. Large-scale problems may not be allocated to a single computing node. On the 

other hand, using advance single processor with increased memory is expensive, while 

connecting multiple nodes to achieve higher memory allocation and capability is cheaper. 
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5.1.2 Speedup and Parallel Efficiency 

Several measurements can be used to quantify the parallel performance efficiency. 

Measuring total execution time, CPU time, or time that a specific part of the program is 

performed are some basic measurements. These measurements can help evaluate the 

efficiency and identify the part of the code that represents bottlenecks (Barrios Molano, 

2017). Speedup, defined in Eq. (5.1), is the ratio of computational time using one processor 

over the computational time using multiple processors: 
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T
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T
  

 

(5.1) 

In the above equation Ts is the computational time using one processor (serial run), 

while Tp is the computational time using p number of processors (parallel run). Ideally, if 

100% of the code is parallelized, dividing the problem among p processors should result in 

Sp=p and programs should run p-times faster. This is called a linear speedup. In most cases, 

several parts of an algorithm, such as input/output processing, are not parallelized, which 

reduces the parallel efficiency. In this case Sp is less than p and is called sub-linear speedup. 

In large-scale problems in which the size of the problem is larger than the cache memory 

size, super-linear speedup (Sp>1) may be observed. Also, when a search is performed in a 

problem, the computational time is reduced when search domain is divided between several 

processors which may result in super-linear speedup. A speedup curve similar to the 

schematic indicated in Figure 5-2 is a good measure of the parallel efficiency.  
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Figure 5-2: Schematic of speedup curves. 

Another efficiency measurement in parallel applications is Parallel Efficiency 

defined as 
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(5.2) 

where Sp is the speedup and p is the number of processors. Linear speedup has parallel 

efficiency of 1, while super-linear and sub-linear speedup correspond to parallel 

efficiencies greater and smaller than one, respectively. 

5.1.3 Theoretical Limits of Parallel Efficiency 

There are commonly two theoretical laws to determine the upper limits of the 

parallel efficiency: Amdahl’s law and Gustafson’s law. 
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5.1.3.1 Amdahl’s law 

This law is often used to predict the theoretical speedup of a parallel program. 

According to this law the serial fraction of the program that cannot be parallelized reduces 

the parallel efficiency. This fraction is fs and the fraction of the rest of the program 

parallelized is fp. Amdahl’s law defines the maximum speedup that can be achieved as 
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(5.3) 

It should be noted that Amdahl’s law (Amdahl, 1967) ignores the communication 

time among the processors and highly depends on the serial portion of the program as 

indicated in Figure 5-3 (Gustafson, 2011; Barrios Molano, 2017). 

 

 

Figure 5-3: Speedup from Amdahl’s law for different serial fractions of the program.  
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5.1.3.2 Gustafson’s law 

Gustafson’s law (Gustafson, 1988) is an extension of Amdahl’s law and considers 

the effect of increasing the number of processors and problem size. According to this law, 

the maximum speedup can be calculated by 

 

 ,max 1 ,p sS p f p    
 

(5.4) 

where p is the number of processors and fs is the serial fraction of the program. Figure 5-4 

shows speedups calculated using Gustafson’s law for serial fractions of 0.3 and 0.5. 

 

 

Figure 5-4: Maximum speedup calculated using Gustafson’s law. Solid line shows linear 

speedup, dashed curve and dotted line are for serial fractions of 0.3 and 0.5, 

respectively. 
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5.1.4 Parallel Architectures 

Parallel computers can have different architectures depending on the desired 

functionality. A desired parallel architecture should ensure capability of performing the 

algorithm instructions accurately and efficiently (Behzadinasab, 2015). Three main 

categories of parallel architectures are: shared memory, distributed memory, and hybrid 

memory. 

5.1.4.1 Shared memory 

A shared memory parallel computer consists of a single memory which is shared 

with multiple independent processors. In fact, this architecture is an extension of single 

processor structure, where only one processor is connected to the memory. Figure 5-5 

shows a shared memory architecture. In this architecture, all data communications among 

the processors are done through the shared memory. This allows efficient, uniform, and 

fast data exchange among processors. Also, since all the processors have access to the data, 

there is no need for dividing the data. The main disadvantage of this model is implicit 

communication; hence, the programmer is responsible for memory management. In other 

words, the developer must ensure correct access of all processors to the memory as it is 

shared among and used by all the processors. 

 

 

Figure 5-5: A shared memory system (Barrios Molano, 2017). 
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5.1.4.2 Distributed memory 

A distributed memory architecture is a multi-processor system in which each 

processing unit has its own memory. In these systems the memories are separate; however, 

the processors are connected using an interconnection network as indicated in Figure 5-6. 

This architecture has a much lower price/performance ratio compared to a shared memory 

architecture (Barrios Molano, 2017). Since the data needs to be divided among the 

processors, program developments in this architecture are complicated.  

  

 

Figure 5-6: A distributed memory system (Barrios Molano, 2017). 

5.1.4.3 Hybrid  

A hybrid system consists of multiple systems with multiple core processors. 

Systems are connected via network which allows communication among memories. In fact, 

these systems take advantage of both shared and distributed memories. The main 

disadvantage of hybrid systems is the complex communication among the cores. Figure 5-

7 shows a schematic of a hybrid architecture. 
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Figure 5-7: A hybrid architecture (Barrios Molano, 2017). 

5.1.5 Parallel Programming  

Parallel programming is used to effectively communicate among the processors and 

perform computational tasks using parallel architectures. The most commonly used parallel 

programming tools are Open Multi-Processing (OpenMP) and Message Passing Interface 

(MPI). OpenMP is used for parallel program development in shared memory system and 

is compatible with Fortran, C, and C++ programming languages. Parallelizing a serial code 

using OpenMP does not require significant changes and developments, because all the 

processors have access to the memory.  

MPI is designed for parallel programming in distributed memory systems; 

however, it can also be used in shared memory systems. In MPI, processors communicate 

via sending and receiving messages. MPI assigns unique numbers to the processors and 

manages all communications among the processors using assigned unique numbers. MPI 

can also be used for programming in a hybrid system. In this case, cores within a node will 

also communicate via sending and receiving messages (Ghasemi Doroh, 2013; Barrios 

Molano and Sepehrnoori, 2019; Behzadinasab et al., 2017). 
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5.2 UTCOMPP-IPHREEQC DEVELOPMENT 

In UTCOMPP all communications are controlled by MPI. To implement the 

geochemical modules of UTCOMP into UTCOMPP, several changes are required to make 

the subroutines compatible with UTCOMPP. We need to categorize variables and identify 

them accordingly; update ghost cells where necessary; exclude inactive cells from 

geochemical calculations; and change spatial variable indexing from NB (number of 

gridblocks) based indexing to i, j, k based indexing where necessary. 

Two categories of variables are defined in UTCOMPP. The first category includes 

scalars or arrays that do not depend on gridblocks. These variables are accessible by all the 

processor and are distributed among all the processors once. For instance, the number and 

the name of geochemical elements are included in this category. The second category 

consists of gridblock-dependent arrays and are divided into two groups. In the first group, 

array values do not depend on the values of the neighboring gridblocks. Most of the 

geochemical related variables lie in this group. The arrays are allocated linearly to NB, 

which is calculated locally for each processor and refers to the number of active gridblocks 

assigned to a specific processor.  To exclude inactive gridblocks from calculations, a 

specific array called KEYOUT is defined. A value of 1 for this variable indicates an active 

gridblock; otherwise a value of 0 makes the gridblock inactive. The values of KEYOUT 

array are either inputs to the simulator or are specified based on porosity values. Non-

positive porosity values make a gridblock inactive. Figure 5-8 show how inactive cells are 

excluded from calculation and how NB is calculated. 

 

 



 261 

 

Figure 5-8: Calculation of NB. 

In the second group, array values depend on the neighboring gridblocks. Since most 

of geochemical calculations are performed for each gridblock and values do not depend on 

neighboring gridblocks, most variables are among the first group. However, the variables 

that are used in the solution of mass conservation equation, such as total moles of 

geochemical elements, are considered in the second group. These arrays are allocated in 

three dimensions in x-, y-, and z-directions and include inactive gridblocks. In order to use 

the values of the array for neighboring gridblocks, extra storage is added to these arrays. 

Those extra storage cells are called ghost cells and the values stored in them are used for 

next or previous processor calculations.  

In UTCOMPP the reservoir decomposition is performed in y-direction and the 

ghost cells are located at the boundary of decomposed regions as indicated in Figure 5-9. 

In this figure a part of reservoir is decomposed between three processors. Original cells are 

indicated with darker colors while ghost cells are shown with lighter colors. The values in 

the last cells of a local domain (related to processor i) are stored for next processor 

(processor i+1) calculations. On the other hand, the ghost cells at the beginning of the local 

domain (processor i+1) store the values to be used by previous processor (processor i). 
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Every time the values of the arrays are updated in a neighbor processor, their values need 

to be updates in the ghost cells as well.  

 

 

Figure 5-9: Example of domain decomposition and allocation of ghost cells. 

All the loops that involve variables form second group need to be modified for 

parallelization and three-dimensional indexing. Figure 5-10 shows how the loops are 

modified. I1, J1, K1 are used for indexing these variables. I1 and K1 have similar limits for 

different processors, while J1 upper and lower limits may vary per processor depending on 

domain decomposition. Moreover, ghost cells are not included in these loops and are above 

and below the upper and lower limits, respectively. Also, although indexing is specific to 

each processor, they can easily be converted to global indices if necessary. 
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Figure 5-10: Loop modifications for second group of variables. 

To include geochemical modules in UTCOMPP, during initialization, all 

processors create their own IPhreeqc modules using CreateIPhreeqc method of IPhreeqc. 

Moreover, all processors load thermodynamic database of IPhreeqc using LoadDatabase. 

Then each processor creates their own input file for further calculation. Moreover, extra 

defined cells in the IPhreeqc_INPUT.DAT (geochemistry input file of UTCOMPP-

IPhreeqc) are deleted from the processors. By performing these initialization steps, we 

ensure that all processors have their own aqueous solution composition for further 

geochemical equilibrium calculations. 

In IPhreeqc subroutines, equilibrium calculations are performed in each gridblock 

and there is no need for changing NB (number of gridblocks) based indexing to i, j, k based 

indexing. Hence, before calling IPhreeqc subroutines all three-dimensional arrays are 

stored in one-dimensional arrays for simplicity. Examples of these three-dimensional 

arrays to be modified are: total moles of geochemical elements, water saturation, pressure, 

and pore volume. As a result, few modifications are required in geochemical calculation 

subroutines. After performing the geochemical equilibrium calculations, new total moles 
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of geochemical elements are updated, the values of ghost cells are updated, and one- 

dimensional arrays are stored back in three-dimensional array format for further 

UTCOMPP calculations. 

5.3 CASE STUDIES 

In this section we perform several case studies to verify the implementation of 

geochemical modules in UTCOMPP. Transport of geochemical elements and wettability 

alterations are tested in one, two, and three-dimensional cases for verification and 

evaluation of parallel performance. We compare the results with the results generated using 

UTCOMP-IPhreeqc for verification. Also, we compare parallel performance of 

UTCOMPP-IPhreeqc with parallel efficiency of semi-parallel version of UTCOMP-

IPhreeqc.  

PETSc (Portable, Extensible Toolkit for Scientific Computation), a robust solver 

for parallel processing, is used in both simulators for simulation of case studies. This solver 

is a comprehensive package for solution of linear and non-linear systems of equations in 

high-performance computing and was developed in Argonne National Laboratory. It uses 

MPI for communications among the processors and can be used in different programming 

languages (Balay et al., 2019). 

All simulations presented hereafter were run on TACC-Lonestar 5 (Texas 

Advanced Computing Center), which is a high-performance computing system owned by 

The University of Texas at Austin. Lonestar 5 has 1252 compute nodes with 24-cores per 

node (30,000 CPU cores in total). Each node in the Lonestar 5 has 64 gigabytes memory 

with the frequency of the cores (clock-speed) of 2.6 GHz (TACC, 2019). It is worth 

mentioning that the maximum time limit for jobs on TACC is 48 hours. Therefore, some 

large cases performed using limited number of processors may not be finished within the 
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time limit. In these cases, speedup performance is calculated based on the simulation run 

time for a minimum number of processors able to perform calculation in less than 48 hours. 

5.3.1 Case 1 

Example 11 of PHREEQC, a benchmark example for transport of geochemical 

species, is used in this case. A 1D reservoir with 100 gridblocks and 100% water saturation 

is designed. Full description of the case is presented in Table 5-1. It should be noted that 

in UTCOMPP domain decomposition is only performed in y-direction; therefore, all 1D 

cases are designed in this direction. Compositions of in-situ and injection waters are 

presented in Table 5-2. The phreeqc.dat database of IPhreeqc is used in this simulation. 

Reservoir is initialized at constant pressure and temperature of 4890 psia and 212 °F, 

respectively. The formation is initially saturated with in-situ water and 2.5 PV of injection 

water is injected into the reservoir with constant injection rate of 4×10-5 bbl/day. The 

production well is controlled at a constant BHP of 2890 psia. The dimensionless Peclet 

number is 50 in this case. 

Simulations are performed with UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc 

with 1, 2, 4, 8, 10, and 16 processors. Histories of producing ions are compared for both 

simulators and results for K+ and Ca+2 are presented in Figures 5-11 and 5-12, respectively. 

Results show excellent agreement between both simulators for any number of processors. 

It is worth mentioning that we do not compare our results with PHREEQC geochemical 

package as UTCOMP-IPhreeqc was previously verified against this simulator (Korrani, 

2014). 

Figure 5-13 and Figure 5-14 show total CPU time and the speedup obtained using 

the two simulators for different number of processors. It is observed that the speedup curves 

for both simulators are very similar to each other. In a 1D case with small number of 
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gridblocks, over 95% of the CPU times is spent in geochemical calculations which is 

parallelized in UTCOMP-IPhreeqc. Thus, by parallelizing other calculations in 

UTCOMPP, efficiency is not significantly increased. However, when the number of 

processors is increased to 10 and 16, better speedup is observed for fully parallel simulator. 

In this case, less percentage of CPU time is spent on geochemical calculations; thus 

lowering the CPU time of other calculations becomes important and full parallelization 

becomes more efficient. 

Table 5-1: Reservoir characteristics for Case 1. 

Parameter Value (Unit) 

No. of gridblocks 100 (1×100×1) 

Δx 0.15 (ft) 

Δy 0.04 (ft) 

Δz 0.15 (ft) 

Permeability y-direction          100 (mD) 

Porosity 0.25 

Rock compressibility  0.0 (psi-1) 

Water compressibility  0.0 (psi-1) 

Irreducible water saturation 0.05 

Reservoir temperature  212.0 (oF) 

Initial pressure  4890.0 (psi) 

Reservoir depth  0. (ft) 

Water viscosity  0.79 (cp) 

Number of wells 2 
1 injectors 

1producer 

Well injection rate 4×10-5  (bbls/day) 

Simulation time 2.5 (PV) 
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Table 5-2: Ion compositions for initial and injected waters (From Example 11 of 

PHREEQC). 

Ion Initial (mmol/kgw) Injected (mmol/kgw) 

Na 1.0 0.0 

K 0.2 0.0 

Ca - 0.6 

Cl - 1.2 

N(5) 1.2 0.0 

 

 

 

Figure 5-11: K+ concentration history of the effluent solution (UTCOMPP-IPhreeqc 

verification against UTCOMP-IPhreeqc). 
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Figure 5-12: Ca+2 concentration history of the effluent solution (UTCOMPP-IPhreeqc 

verification against UTCOMP-IPhreeqc). 

 

Figure 5-13: Total CPU time versus number of processors for UTCOMP-IPhreeqc and 

UTCOMPP-IPhreeqc. 
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Figure 5-14: Speedup curve for the total simulation versus number of processors for 

UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc. 

5.3.2 Case 2 

This case is similar to Case 1 with three exceptions: 1. the number of grid blocks is 

increased to 1000; 2. composition of formation and injection waters are changed; 3. the 

sequence of brine injections is changed. All other reservoir properties are identical to the 

previous case as indicated in Table 5-1. The reservoir in this case is initially filled with the 

Endicott connate water and is flooded with 0.5 PV, 0.5 PV, 0.5 PV, and 1 PV of Endicott 

seawater, Endicott produced water (or high salinity water), Endicott low salinity water, and 

Endicott high salinity water, respectively. Endicott water compositions are presented in 

Table 5-3. Moreover, all the potential minerals, considering these water compositions, are 

considered in the model. Moreover, similar to Case 1, phreeqc.dat database of IPhreeqc is 

used.  
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Table 5-3: Endicott water compositions (McGuire et al., 2005; Korrani et al., 2014) 

Elements 

Ion compositions (mg/l) 

Connate water Sea water 
Produced water 

(High salinity) 
Low salinity 

Al 0.0 0.5 0.0 0.0 

Ba 7.0 0.02 0.55 0.048 

B 0. 0.0 57.0 0.22 

Ca 320.0 401.67 158.0 28.8 

Fe+2 10.0 0.3 0.0 0.0 

Li 0.0 0.0 2.09 0.0 

Mg 48.0 1265 386.0 4.4 

Mn+2 0.0 0.05 0.184 0.0 

P 0.0 0.0 0.0 1.2 

K 110.0 386.33 174.0 3.3 

Si 0.0 2.0 0.0 0.0 

Na 11850.0 10812.0 9796.0 56.1 

Sr 24.0 7.38 6.9 0.1 

Zn 0.0 0.5 0.0 0.0 

HCO3
- 2000.0 147.02 1920 146 

Br 0.0 67.63 0.0 0.0 

Cl 17275.0 18963.83 15262.0 49.0 

F 0.0 0.81 0.0 0.0 

S(6) 63.0 2645.83 510.0 27.0 

TDS 31707.0 34700.87 28272.724 316.168 

 

Figures 5-15 Compares history of chloride ion at gridblock 500 for UTCOMPP-

IPhreeqc with UTCOMP-IPhreeqc for two different Peclet numbers of 2000 and 200. For 

the case with Npe of 2000 the physical dispersivity is neglected and the approximated 
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numerical dispersivity coefficient is 0.02 ft. For Npe of 200 physical and numerical 

dispersivity coefficients are 0.18 ft. and 0.02 ft., respectively. As seen in Figure 5-15 the 

results are well agreed and the transport of geochemical elements with physical dispersion 

is verified. 

 

 

Figure 5-15: Cl- concentration history at the middle of the reservoir (gridblock 500) for Npe 

of 2000 and 200 (UTCOMPP-IPhreeqc verification against UTCOMP-

IPhreeqc). 

Figure 5-16 and 5-17 verify history of Na+ and pH against UTCOMP-IPhreeqc for 

different number of processors, respectively. Results are in excellent agreements using 

UTCOMPP-IPhreeqc for different number of processors.  
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Figure 5-16: Sodium concentration history at the middle of the reservoir (gridblock 500) 

for Case 2 with Npe of 200 (verifying UTCOMPP-IPhreeqc against 

UTCOMP-IPhreeqc for different number of processors). 

 

Figure 5-17: pH history at the middle of the reservoir (gridblock 500) for Case 2 with Npe 

of 200 (verifying UTCOMPP-IPhreeqc against UTCOMP-IPhreeqc for 

different number of processors). 



 273 

Geochemical and phase behavior calculations part of the algorithm is parallelized 

in both simulators. Hence, for identical number of processors we expect approximately 

similar computational times using both simulators. This is very well indicated in Figure 5-

18 where total CPU times of geochemical and phase behavior calculations are similar for 

both simulators. However, other parts of the algorithm are not parallelized in UTCOMP-

IPhreeqc. It should be noted that the word “other” in this context refers to all sections of 

the simulation except geochemical and phase behavior calculations. CPU times for these 

sections of the algorithm are shown in Figure 5-19. In UTCOMP-IPhreeqc, when different 

number of processors are used, the CPU times for other calculations are approximately 

constant (~2,600 seconds). However, in UTCOMPP-IPhreeqc, the CPU time for other 

calculations decreases as the number of processors increases. As the number is increased 

to 64 and 128, the CPU times for other calculation increased and parallel processing for 

these calculations became inefficient. This is because of increased communication time 

and update of ghost cells time for higher number of processors. Also, the total CPU times 

for cases with one and two processors exceeded the 48-hour time limit of TACC and were 

not considered in the analyses. 
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Figure 5-18: Total computational time spent for composition calculations for different 

number of processors. 

 

Figure 5-19: Total computational time spent for all calculations except composition 

calculations for different number of processors. 
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Speedup curve for simulation of this case using both simulators is illustrated in 

Figure 5-20. Both simulators show similar behavior; however, when number of processors 

exceeds 32, fully parallel simulator becomes more efficient. This is because of considerable 

computational time of other calculations in comparison with geochemical calculations time 

when number of processors is increased. Thus, parallelizing other calculations results in 

increased efficiency. Similar behavior was observed in Case 1. 

 

 

Figure 5-20: Speedup curve for the total simulation versus number of processors for 

UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc for Case 2. 

5.3.3 Case 3 

In this case, we design a 2D heterogeneous reservoir to model the effect of low 

salinity water injection on wettability alteration and oil recovery. The general description 

of the model is presented in Table 5-4. BSB West Texas oil is initially present in the 

formation. Component properties and compositions of BSB oil are described in Table 3-2. 
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The reservoir has 15 wells with 8 injectors and 7 producers located in a 5-spot pattern as 

visualized in Figure 5-21. Reservoir is initialized at a constant pressure and a temperature 

of 2000 psia and 250 °F, respectively. Injection wells inject water with a constant rate of 

600 bbls/day, while production wells operate at a constant bottom-hole pressure of 1000 

psia.  

Table 5-4: Reservoir characteristics for Case 3. 

Parameter Value (Unit) 

No. of gridblocks 5000 (50×100×1) 

Δx 30.0 (ft) 

Δy 30.0 (ft) 

Δz 30.0 (ft) 

Permeability 
x-direction Heterogeneous 

y-direction Heterogeneous 

Porosity Heterogeneous 

Rock compressibility  20.0×10-6 (psi-1) 

Water compressibility  3.0×10-6 (psi-1) 

Initial water saturation 30.0 (%) 

Irreducible water saturation 0.25 

Reservoir temperature  250.0 (oF) 

Initial pressure  2000.0 (psi) 

Reservoir depth  0. (ft) 

Water viscosity  1.0 (cp) 

Number of wells 15 
8 injectors 

7 producer 

Well injection rate 600 (bbls/day) 

Simulation time 1000.0 (days) 
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Figure 5-21: Reservoir model of Case 3. 

We generate random permeability and porosity fields using PETREL (Petrel 2018) 

as indicated in Figure 5-22. Permeability is assumed isotropic in horizontal direction 

(kx=ky). The generated porosity and permeability fields have log normal distribution with 

average values of 0.25 and 400 md, respectively. Permeability varies from 100 md to 600 

md in the model, while porosity changes from 0.10 to 0.50. Correlation lengths are 240, 

180, and 30, in major, minor and vertical directions, in turns. Moreover, a 45̊ azimuth is 

assumed for major direction orientation.  
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Figure 5-22: Distribution of the absolute permeability (left) (in md) and porosity (right) for 

the generated reservoir model. 

Composition of the formation and injected water are obtained from Case study 1 of 

Chapter 2. The aqueous compositions were reported in Table 2-6. The initial and altered 

relative permeability curves were presented in Figure 2-33. In other words, we apply 

history matched model of Gupta et al. (2011)’s coreflooding to this reservoir to perform a 

secondary low salinity water injection. Change in surface charges is assumed to be the 
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underlying mechanism of low salinity water injection. Pitzer.dat database of IPhreeqc is 

used for geochemical calculations. Two injection scenarios are performed in this case: 1. 

formation water injection in secondary mode for 1000 days (0.8 PV); 2. low salinity water 

injection in secondary mode for 1000 days. Different number of processors are used for 

verification and testing the parallel efficiency in the second scenario. To verify the results 

of first scenario against UTCOMP-IPhreeqc simulations are performed using 16 

processors. Figure 5-23 demonstrates oil recovery versus time for different number of 

processors. Secondary low salinity water injection increased oil recovery by approximately 

7% after 0.8 PV of continuous low salinity water injection. For both scenarios, results of 

both simulators are in a good agreement. Also, calculated oil recoveries using different 

number of processors are identical.  

 

 

Figure 5-23: Comparison of oil recovery for low salinity and high salinity secondary 

waterflooding using different number of processors.  
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Tables 5-5 and 5-6 show maps of oil/brine surface potential, brine/rock surface 

potential, and contact angle after 0.4 PV and 0.8 PV of low salinity water injection, 

respectively. It can be seen that results for different processors, using UTCOMPP-

IPhreeqc, are identical to that of UTCOMP-IPhreeqc. Moreover, as expected, low salinity 

water injection resulted in similar surface charges at both oil/brine and brine/rock interfaces 

which resulted in a reduction in contact angle and wettability alteration. 

Figure 5-24 shows speedup curves for total simulation, geochemical and phase 

behavior calculations, and other calculations (all simulations sections except geochemical 

and phase behavior calculations). We observe a super-linear speedup for up to 16 

processors. When 32, 64, and 100 processors are used, the communication time between 

the processors reduce the efficiency of parallel processing and the speedup curve deviates 

from linear speedup. Comparison of speedup curves shows that total and composition 

calculation speedup curves are similar to each other; however, for other calculations, 

parallelization has very insignificant effect on their run times. For these simulation 

sections, the communication time among the processors becomes more than the calculation 

times, which results in very small speedups when the number of processors exceeds two. 

This behavior is clearly observed in Figure 5-25. This figure shows CPU times for 

geochemical and phase behavior calculations and other calculations. A significant decrease 

in composition calculations is observed with an increase in number of processors. On the 

other hand, for other calculations, only using up to 8 processors decreased run time. 
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Table 5-5: Distribution of oil/brine surface potential, brine/rock surface potential, and 

contact angle after 0.4 PV of low salinity water injection. 

Simulations 
Oil/brine surface 

potential (mV) 

Brine/rock surface 

potential (mV) 
Contact angle (deg) 

UTCOMP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

64 PRCs 

 

   

 



 282 

Table 5-6: Distribution of oil/brine surface potential, brine/rock surface potential, and 

contact angle after 0.8 PV of low salinity water injection. 

Simulations 
Oil/brine surface 

potential (mV) 

Brine/rock surface 

potential (mV) 
Contact angle (deg) 

UTCOMP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

64 PRCs 
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Figure 5-24: Speedup curve for different simulation sections versus number of processors 

for Case 3. 

 

Figure 5-25: Total computational time spent composition calculations and rest of the 

calculations for different number of processors in Case 3. 
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5.3.4 Case 4 

In this case we design a 2D homogeneous reservoir with 10,000 gridblocks. 45 

wells (27 injectors and 18 producers), in a line drive pattern, are located in the reservoir as 

illustrated in Figure 5-26. Reservoir properties are described in Table 5-7. Reservoir is 

initialized at constant pressure and temperature of 1100 psia and 105 °F, respectively. 

Injection wells inject water with a constant rate of 200 bbls/day, while production wells 

operate at a constant bottom-hole pressure of 1000 psia.  

 Reservoir initially contains high salinity water. High salinity water is injected for 

0.5 PV followed by 0.5 PV of low salinity water (50-times diluted seawater) injection. 

Compositions of formation and low salinity waters were presented in Table 2-8. Calcite 

and dolomite are the solids considered in the reservoir with saturation indices of 0.5 and -

0.4, respectively. 

 

 

Figure 5-26: Reservoir model of Case 4. 
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Table 5-7: Reservoir characteristics for Case 4. 

Parameter Value (Unit) 

No. of gridblocks 10000 (100×100×1) 

Δx 25.0 (ft) 

Δy 25.0 (ft) 

Δz 20.0 (ft) 

Permeability 
x-direction 300 (mD) 

y-direction 300 (mD) 

Porosity 0.25 

Rock compressibility  0.0 (psi-1) 

Water compressibility  0.0 (psi-1) 

Initial water saturation 25.0 (%) 

Irreducible water saturation 0.25 

Reservoir temperature  105.0 (oF) 

Initial pressure  1100.0 (psi) 

Reservoir depth  0. (ft) 

Water viscosity  0.79 (cp) 

Number of wells 45 
27 injectors 

18 producer 

Well injection rate 200 (bbls/day) 

Simulation time 1000.0 (days) 

 

Figures 5-27 and 5-28 show history of chloride ion and pH at gridblock (70,70,1). 

These figures present histories when different number of processors in UTCOMPP-

IPhreeqc, and verify them against UTCOMP-IPhreeqc. We observe excellent agreement 

between the results when different number of computing processors are used.  
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Figure 5-27: Chloride concentration history in gridblock (70,70,1) (verifying UTCOMPP-

IPhreeqc against UTCOMP-IPhreeqc for different number of processors). 

 

Figure 5-28: pH history in gridblock (70,70,1) (verifying UTCOMPP-IPhreeqc against 

UTCOMP-IPhreeqc for different number of processors). 
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Figure 5-29 compares the total computational time for different number of 

processors. Both simulators show similar computational times when less than 48 

processors are used. This clearly reveals that major part of CPU time is spent on 

geochemical calculations. The amount of time spent on other calculations that are not 

parallelized in UTCOMP-IPhreeqc is presented in Figure 5-30. It is seen that, in UTCOMP-

IPhreeqc, computational time for other calculations, regardless of the number of 

processors, stays constant. However, in UTCOMPP-IPhreeqc, CPU time significantly 

reduces with increasing the number of processors up to 48 processors. Further increasing 

the number of processors increased the communication time between the processors for 

both simulators as observed in this figure.  

 

 

Figure 5-29: Total computational time for different number of processors (UTCOMP-

IPhreeqc vs. UTCOMPP-IPhreeqc). 
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Figure 5-30: Total computational time spent for all calculations except composition 

calculations for different number of processors processors (UTCOMP-

IPhreeqc vs. UTCOMPP-IPhreeqc). 

The speedup curve is presented in Figure 5-31. Performing this case with one 

processor exceeded the time limit of TACC. Thus, speedup calculations are performed 

based on run time with 2 processors. In other words, we assume 2 processors’ run to have 

linear speedup of 2. When the number of processors exceeds 32, efficiency of fully parallel 

simulator is significantly increased. This is evident from the speedup curve of UTCOMP-

IPhreeqc which deviates from the linear speedup curve in Figure 5-31. On the other hand, 

the speedup curve of fully parallel simulator is close to linear speedup for processors up to 

64. To better understand this behavior, we present the percentage of total CPU time spent 

on each simulation section for UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc in Figures 5-

32 and 5-33, respectively. 
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For both simulators, when the number of processors is less than 10, more than 90% 

of the total CPU time is spent on geochemical and phase behavior calculations. As the 

number of processor increases, in UTCOMP-IPhreeqc, the percentage of this section of 

calculations starts to decrease. The percentage of geochemical and phase behavior 

calculation reaches to ~75% when 48 processors is used. This indicates that a considerable 

portion (~25%) of the algorithm is performed in serial run which reduces the efficiency. 

However, in UTCOMPP-IPhreeqc, when up to 64 processors are used, over 95% of the 

CPU time is spent on geochemical and phase behavior calculations. This clearly shows the 

reason behind lower efficiency of UTCOMP-IPhreeqc using higher number of processors. 

 

 

Figure 5-31: Speedup curve for the total simulation versus number of processors for 

UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc for Case 4. 
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Figure 5-32: Percentage of total CPU time for each simulation section for UTCOMP-

IPhreeqc for Case 4. 

 

Figure 5-33: Percentage of total CPU time for each simulation section for UTCOMPP-

IPhreeqc for Case 4. 
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5.3.5 Case 5 

Case 5 is identical to Case 4 with the addition of four numerical layers in z-

direction. Number of gridblocks in Case 5 is 40000 (100×100×4). The reservoir geometry 

and well pattern are presented in Figure 5-34.  Also, the layer heights are assumed 10 ft. 

and all wells are perforated in four layers. To reduce the run time, well injection rates have 

increased to 800 bbls/day. 1 PV of formation brine is injected followed by 1 PV of low 

salinity water injection. Wettability alteration model similar to Case 2 of Chapter 2 is 

considered in the model. 

 

 

 

Figure 5-34: Reservoir model of Case 5 (dimension of gridblocks in z-direction is scaled 

by a factor of 2 for better visualization). 

Tables 5-8 and 5-9 show maps of pH, chloride ion, and interpolating parameter in 

the second numerical layer after 1.2 PV and 1.5 PV water injection, respectively. It can be 
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seen that results for different processors, using UTCOMPP-IPhreeqc, are identical to that 

of UTCOMP-IPhreeqc. 

Table 5-8: Distribution of chloride ion, pH, interpolating parameter after 1.2 PV of water 

injection (0.2 PV of low salinity water injection) 

Simulations 
Chloride 

concentration (ppm) 
pH 

Interpolating 

parameter 

UTCOMP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

50 PRCs 

 

   

UTCOMPP-IPhreeqc 

96 PRCs 
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Table 5-9: Distribution of chloride ion, pH, interpolating parameter after 1.5 PV of water 

injection (0.5 PV of low salinity water injection) 

Simulations 
Chloride 

concentration (ppm) 
pH 

Interpolating 

parameter 

UTCOMP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

16 PRCs 

 

   

UTCOMPP-IPhreeqc 

50 PRCs 

 

   

UTCOMPP-IPhreeqc 

96 PRCs 

 

 

 

  

 

Figure 5-35 verifies oil recovery results for two different cases: 1. 2 PV continuous 

injection of high salinity water (HiSal case); 2. 1 PV of high salinity water followed by 1 
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PV of low salinity water injection (LoSal case). This figure shows that low salinity water 

injection resulted in 14% incremental oil recovery after 1.0 PV of 50-times diluted seawater 

injection.  

 

 

Figure 5-35: Effect of low salinity injection on oil recovery of Case 5 (UTCOMP-IPhreeqc 

vs. UTCOMPP-IPhreeqc). 

Figure 5-36 shows total computational time versus number of processors for both 

simulators. Performing this case with up to 1, 2, 4, and 8 processors, exceeded the time 

limit of TACC. Thus, all analyses are performed assuming 16 processors total run time as 

the base case. When numbers of processors are 16 and 30, both simulators have very similar 

total computational times. As the number of processors increases, the fully parallel 

simulator becomes more efficient with less run times compared to UTCOMP-IPhreeqc.  

CPU times for composition equilibrium and rest of calculations for UTCOMP-

IPhreeqc and UTCOMPP-IPhreeqc are also presented in Figure 5-37. The CPU times for 
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composition equilibrium calculations show similar behavior for both simulators. However, 

CPU times for this section of algorithm is slightly lower in UTCOMPP-IPhreeqc, which 

can be attributed to optimized parallelization of IPARS framework (Ghasemi Doroh, 

2013). This is clearly observed when the number of processors increased. Moreover, 

regardless of the number of processors, computational time for other sections of the 

algorithm is approximately reduced by a factor of 10 in UTCOMPP-IPhreeqc. 

The speedup curve is presented in Figure 5-38. According to this figure, 

UTCOMPP-IPhreeqc shows a significantly higher parallel efficiency compared to 

UTCOMP-IPhreeqc. For cases with up to 80 processors, a near linear speedup is seen in 

this case for UTCOMPP-IPhreeqc. In UTCOMP-IPhreeqc, the speedup curve deviates 

from linear speedup when the number of processors is increased to 40. Figures 5-39 and 5-

40 present the percentage of total CPU time spent on each simulation section for 

UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc, respectively. It is observed that in the fully 

parallel simulator, regardless of the number of processors, more than 95% of CPU time is 

spent on composition equilibrium calculations. On the other hand, in UTCOMP-IPhreeqc, 

when large numbers of processors are used considerable portion of CPU time is spent on 

other calculations that are not parallelized.  

From the above studied cases, we can conclude that as the number of gridblock 

increases and reservoir becomes more complicated, fully parallel simulator shows 

improved parallel efficiency compared with UTCOMP-IPhreeqc. 
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Figure 5-36: Total computational time for different number of processors for Case 5 

(UTCOMP-IPhreeqc vs. UTCOMPP-IPhreeqc). 

 

Figure 5-37: Computational time spent for composition equilibrium and rest of calculations 

for different number of processors in Case 5.  
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Figure 5-38: Speedup curve for the total simulation versus number of processors for 

UTCOMP-IPhreeqc and UTCOMPP-IPhreeqc for Case 5. 

 

Figure 5-39: Percentage of total CPU time for each simulation section for UTCOMP-

IPhreeqc for Case 5. 
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Figure 5-40: Percentage of total CPU time for each simulation section for UTCOMPP-

IPhreeqc for Case 5. 

5.3.6 Case 6 

In this case we use UTCOMPP-IPhreeqc to simulate a low salinity water injection 

scenario in large-scale reservoir with 0.8 million gridblocks (400×400×5). This case was 

originally designed by Ghasemi Doroh (2013) to study the parallel efficiency of 

UTCOMPP in a simultaneous water-gas injection scenario. Table 5-10 presents the 

reservoir description.  The reservoir geometry and well pattern is presented in Figure 5-41.  

Also, the layer heights are assumed 20 ft. and all wells are perforated in five layers. The 

reservoir is highly heterogeneous with porosity and permeability distributions shown in 
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Figures 5-42 and 5-43, respectively. Permeability is assumed isotropic in horizontal 

direction (kx=ky) with an average value of 590 md. The average porosity is 0.3. 

Formation and injection water compositions were presented in Table 2-6. Initially, 

the reservoir is filled with formation water and low salinity water is injected for 1200 days 

in secondary mode. A wettability alteration model similar to the one presented Case 3 is 

used for this case study. The composition of the in-situ oil is presented in Table 5-11. 

Table 5-10: Reservoir characteristics for Case 6. 

Parameter Value (Unit) 

No. of gridblocks 800000 (400×400×5) 

Δx 14.0 (ft) 

Δy 14.0 (ft) 

Δz 20.0 (ft) 

Permeability 

x-direction Heterogeneous  

y-direction Heterogeneous 

z-direction 10 (md) 

Porosity Heterogeneous  

Rock compressibility  50.0×10-6 (psi-1) 

Water compressibility  3.0×10-6 (psi-1) 

Initial water saturation 17.0 (%) 

Irreducible water saturation 0.17 

Reservoir temperature  250.0 (oF) 

Initial pressure  4000.0 (psi) 

Reservoir depth  10000.0 (ft) 

Number of wells 25 
13 injectors 

12 producer 

Well injection rate 7500 (bbls/day) 

Simulation time 1000.0 (days) 
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Figure 5-41: Reservoir model of Case 6 (reservoir thickness is scaled by a factor of two for 

better visualization). 

 

Figure 5-42: Distribution of the absolute porosity for the reservoir model (Case 6). 
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Figure 5-43: Distribution of the absolute permeability (in md) for the reservoir model (Case 

6). 

Table 5-11: Composition and fluid properties synthetic reservoir oil (Case 6). 

Component Mole% PC (psia) TC (̊R) ω 

C1 50 667.0 342.5 0.011 

C3 3 616.3 665.7 0.152 

C6 7 436.9 913.4 0.301 

C10 20 304.0 1111.8 0.488 

C15 15 200.0 1270.0 0.650 

C20 5 162.0 1380.0 0.850 

 

The simulations were successfully performed using 200 processors with the 

computational times for different simulation sections presented in Table 5-12. It should be 

noted that we were not able to run simulations using limited number of processors or with 

less than 4 nodes on TACC. The reason is that the size of the problem was more than the 
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node’s cache memory size. Figure 5-44 presents oil recovery for low salinity water 

injection and how it compares to a high salinity water injection scenario. According to this 

figure low salinity water flooding resulted in 6% incremental oil recovery after 0.9 PV 

injection. Distribution of surface potentials of oil/brine and brine/rock surfaces and contact 

angle are presented in Figure 5-45.  

Table 5-12: Detailed CPU times in seconds for Case 6 (using 200 processors). 

Simulation segment CPU time (seconds) 

Total linear solver time 672.9 

Compute timesteps 45.5 

Matrix 52.5 

Compute derivatives 114.6 

Properties before solver 146.9 

Phase composition calculation 71927.3 

Properties after solver 337.4 

Output files 462.1 

Update ghost cells 433.1 

Other 166.5 

Total execution time 74358.7 

 

 

Figure 5-44: Effect of low salinity injection on oil recovery of Case 6. 
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0.3 PV 0.6 PV 0.9 PV 

   
(a) 

 

   
(b) 

   
(c) 

Figure 5-45: Distribution of (a) oil/brine surface potential, (b) brine/rock surface potential, 

and (c) contact angle in layer 3, after 0.3, 0.6, and 0.9 PV of low salinity water 

injection. 
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5.4 DEVELOPMENT OF A NEW SPEEDUP SCHEME 

Parallelizing the geochemical and phase behavior calculation modules of 

UTCOMP-IPhreeqc and development of fully parallel version of the simulator 

(UTCOMPP-IPhreeqc) considerably improved the reactive-transport simulation 

computational times. However, without having access to HPCs, running large-scale 

reactive-transport simulations are still computationally expensive.  

To overcome this issue, we made attempts to reduce the number of calls to 

geochemical modules. In one method, we called geochemical modules every n timesteps. 

In other words, instead of performing geochemical calculations for each gridblock in every 

timestep, geochemical calculations were performed in every two, five, or ten timesteps. 

This attempt failed as the geochemical equilibriums did not converge in gridblocks with 

significant concentration changes near the saturation front.  

In another method, we focus on the gridblock that are not in geochemical 

equilibrium. We speculate that geochemical calculations can be ignored in gridblocks that 

are in equilibrium and are far from the saturation front. For instance, in a quarter 5-spot 

pattern reservoir, before water injection, the formation water is in geochemical equilibrium 

with the rock. Assume a water with composition different from the formation water 

composition is injected into the reservoir. Initially, the water composition in the wellbore 

gridblock abruptly changes. Further water injection changes the equilibrium in near 

wellbore gridblocks and in the mixing zone near the saturation front. However, gridblocks 

beyond saturation front are still in geochemical equilibrium and there is no need to perform 

equilibrium calculations in those gridblocks.  

To perform mentioned speedup scheme in UTCOMP-IPhreeqc, we define a 

criterion based on the change of geochemical elements in two consecutive timesteps. 

Hence, we compare the concentration of geochemical elements with its concentration in 
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previous timestep. If the relative change in concentration of any of the elements is above a 

defined tolerance, geochemical calculations is performed in that gridblock. Otherwise, 

IPhreeqc is not called for that gridblock. Eq. (5.1) shows the defined criteria. 
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 (5.5) 

 

where n

iTNKTG  is the concentration of a geochemical element in gridblock i at nth timestep 

and   is the predefined tolerance.  

Figure 5-46a shows water saturation distribution in a 2D quarter 5-spot pattern after 

0.05 PV of low salinity water injection. As shown in this figure, saturation/concentration 

changes occur behind the saturation front, while beyond the front the reservoir is under 

equilibrium condition. We assume a tolerance of 0.1% ( =0.1%). The gridblocks that 

experience more than 0.1% change in geochemical element concentration are illustrated in 

blue color in Figure 5-46b. The pink color gridblocks represent the ones that experienced 

less than specified tolerance concentration changes in two consecutive times. According to 

the defined tolerance, at this timestep, geochemical calculation is only performed in blue 

grid blocks.  
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(a)  (b) 

Figure 5-46: Schematic of speedup scheme implementation in a quarter 5-spot pattern 

reservoir. Water injector is located in the left upper corner and producer is in 

the right lower corner of the reservoir. Left panel shows water saturation 

distribution and right panel shows corresponding geochemically active cells, 

after 0.05 PV of low salinity water injection.  

To verify the speedup scheme and evaluate the improvements in computational 

time, we run Case 1 considering a tolerance of 0.1%. Figure 5-47 compares the produced 

history of sodium ions using UTCOMP-IPhreeqc with and without speedup scheme. It is 

observed that identical result is observed using speedup scheme. Comparison of history of 

other ions also showed identical behaviors when speedup scheme was used.  

Figure 5-48 and Figure 5-49 indicate total CPU times and speedup curves for 

different number of processor. For one processor, using speedup scheme resulted in 40% 

run time reduction. For 10 and 16 processors cases, using speedup scheme did not improve 

simulation run time. Also, the speedup scheme resulted in lower parallel efficiency 

compared to normal simulations. In the following we explain the reason behind lower 

parallel efficiency when speedup scheme is used. 
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Assume one section of the reservoir that contains geochemically active gridblocks 

is assigned to a processor (processor A). This processor performs all the geochemical 

calculations, while other processors contain less or no geochemically active cells. These 

processors need to wait for processor A to perform all geochemical calculations in 

geochemically active cells which result in reduced parallel efficiency. In other words, if 

speedup scheme is used using n processors and at least in one processor all gridblocks are 

active, the speedup scheme does not reduce the total run time.     

 

 

Figure 5-47: Na+ concentration history of the effluent solution. 
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Figure 5-48: Total CPU time versus number of processors. 

 

Figure 5-49: Speedup curve for the total simulation versus number of processors. 
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To verify the speedup scheme and compare the simulation results using different 

number of processors, we simulate Case 2. A tolerance of 0.1% is assumed and simulations 

are performed for 2.5 PV of different water type injections. Different water types are 

injected in the same sequence presented in Case 2. Figure 5-50 compares the history of pH 

with and without speedup scheme when simulations are performed with 16 processors. 

Similar to the previous case, using speedup scheme did not have any adverse effect on the 

results.  Moreover, a tolerance of 0.1% was sufficient for significant reduction in 

simulation run times while maintaining the accuracy. Simulations were also perfumed 

using 1% and 0.01% tolerances for the speedup scheme. A tolerance of 1% introduced error 

into the results and a tolerance of 0.01% increased the simulation run times. 

 

 

Figure 5-50: pH history at the middle of the reservoir (gridblock 500) for Case 2 with Npe 

of 200. 
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Figure 5-51 compares total simulation run times for different number of processors 

with and without speedup scheme. Table 5-13 shows the detailed CPU times for different 

sections of the simulations. In this table “composition calculations” refer to CPU times for 

geochemical and phase behavior calculations; “properties before/after solver” refer to CPU 

times to compute physical properties before/after solver; and “other” refers to total CPU 

times for initialization, well management, and output printing. 

 The speedup scheme has significantly decreased the geochemical calculation CPU 

times, while other simulation section CPU times stay similar to normal runs (when speedup 

scheme is not used). The CPU times for one and two processors are not indicated in this 

table as the simulations last longer than TACC 48 hours’ time limit. Total simulation times 

for one and two processors using speedup scheme are 23,322 and 19,066 seconds, 

respectively. 

 Using four processors resulted in over 28 hours of run time for the normal 

simulation. However, speedup scheme decreased the runtime to about 5 hours which is 

more than 80% reduction in the CPU time. Similar to the previous case, increasing the 

number of processors did not significantly reduce the run time. In other words, the parallel 

efficiency is significantly decreased using the speedup scheme as shown in Figure 5-52.  
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Figure 5-51: Total CPU time versus number of processors. 

Table 5-13: Detailed CPU times in seconds for Case 2. 

Without speedup scheme 

Number of processors 4 8 16 32 64 100 

Total linear solver time  164 158 154 158 159 184 

Compute timesteps 55 54 54 46 47 59 

Matrix 48 47 51 51 51 52 

Compute derivatives 1,467 1,448 1,440 1,455 1,452 1,480 

Properties before solver 36 32 32 33 32 215 

Phase composition calculation 10,0689 51,626 27,175 15,430 9,763 8,677 

Properties after solver 833 808 780 795 781 998 

Other 44 42 41 42 42 55 

Total execution time 10,3336 54,214 29,727 18,009 12,326 11,720 

With speedup scheme 

Number of processors 4 8 16 32 64 100 

Total linear solver time  142 141 142 141 143 158 

Compute timesteps 47 46 46 45 42 46 

Matrix 43 47 49 45 48 54 

Compute derivatives 1,292 1,290 1,298 1,299 1,298 1,364 

Properties before solver 177 172 172 175 171 191 

Phase composition calculation 14,894 12,275 11,279 10,453 10,155 10,675 

Properties after solver 878 869 872 867 862 953 

Other 39 39 41 39 39 45 

Total execution time 17,513 14,879 13,898 13,063 12,759 13,486 
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Figure 5-52: Speedup curve for the total simulation versus number of processors. 

In previous cases the reservoirs were homogeneous and changes in geochemical 

concentrations did not affect transport properties (e.g. relative permeability). The results 

showed significant improvements on simulation run times. In this case, we verify and 

evaluate the speedup scheme in a more complicated reservoir. We consider Case 3, a 

heterogeneous reservoir with wettability alteration due to low salinity water injection. 

Simulations were performed using 4, 8, and 16 processors for three different scenarios: 1. 

reference case in which speedup scheme is not used; 2. speed up scheme with tolerance of 

0.1%; 3. speed up scheme with tolerance of 0.01%. Figure 5-53 compares oil recovery 

predictions for the three scenarios. Table 5-14 shows distribution of contact angle and 

brine/rock surface potential for the three scenarios. It is seen that using 0.1% tolerance 

resulted in significant error in the results at the end of the simulations. Also, oil recovery 

is under-predicted when a tolerance of 0.1% is used. However, a tolerance of 0.01% shows 
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identical results with the reference case. Figure 5-54 presents a comparison of total CPU 

times for the presented scenarios. It is observed that a tolerance of 0.01% not only predicted 

the results accurately, but also reduced the simulation run times significantly (~55% using 

4 processors). 

 

 

Figure 5-53: Effect of tolerance on prediction of oil recovery during low salinity water 

injection of Case 4. 
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Table 5-14: Distribution of contact angle and brine/rock surface potential after 1000 days 

(0.8 PV) of low salinity water injection. 

Simulations Contact angle (deg) Brine/rock surface potential (mV) 

Reference case  

(No speedup scheme) 

 

    

Speedup scheme 

Tolerance = 0.1% 

    

Speedup scheme 

Tolerance = 0.01% 
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Figure 5-54: Total CPU time versus number of processors. 

Next, we evaluate the performance of speedup scheme on Case 5. Simulations for 

this case employing 1, 2, 4, and 8 processors, for both UTCOMP-IPhreeqc and 

UTCOMPP-IPhreeqc, failed because of the time-limit of 48 hours in TACC. We run the 

same case with 4 and 16 processors using the speedup scheme with tolerances of 0.1% and 

0.01%.  

Table 5-15 shows maps of pH, chloride ion, and interpolating parameter in the first 

numerical layer after 1.4 PV water injection (0.4 PV of low salinity water injection). The 

results are illustrated for three studied cases: 1. when speedup scheme is not used, 2. 

speedup scheme with a tolerance of 0.1% is used, and 3. speedup scheme with a tolerance 

of 0.01% is used. A tolerance of 0.1% results in erroneous results, while a tolerance of 

0.01% reproduced exact same results with the case with no speedup scheme. This behavior 

is also evident from the oil recovery curves indicated in Figure 5-55. 
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Table 5-16 shows maps of geochemically active gridblocks in the first layer for the 

studied cases with speedup. It is observed that before starting low salinity water injection, 

all gridblocks are at equilibrium condition and inactive. However, as low salinity water 

injected more gridblocks become geochemically active near the injector and move with the 

saturation front. Also, at each timestep, more gridblocks are geochemically active when 

the tolerance is lower. This results in more accuracy and higher computational times with 

lower tolerances. Hence, the desired tolerance should be selected to achieve minimum 

simulation run times while maintaining the required accuracy. 

The simulation run times are presented in Figure 5-56. As observed in this figure, 

using 16 processors, the speedup scheme resulted in 56% reduction in CPU computational 

time for the 0.01% tolerance case. When four processors are used, simulations are 

completed in ~19 hours, which shows about 80% reduction in simulation run time using 

0.01% tolerance. It should be noted that the simulation time of reference case is estimated 

assuming a linear speedup. This is a valid assumption as UTCOMP-IPhreeqc shows a 

linear speedup for this case as indicated in Figure 5-38. 
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Table 5-15: Distribution of chloride ion, pH, and interpolating parameter after 1.4 PV of 

water injection (0.4 PV of low salinity water injection) 

Simulations 
Chloride 

concentration (ppm) 
pH 

Interpolating 

parameter 

Reference case  

(No speedup scheme) 

 

   

Speedup scheme 

Tolerance = 0.1% 

 

   

Speedup scheme 

Tolerance = 0.01% 
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Table 5-16: Distribution of geochemically active and inactive gridblocks when speedup 

scheme with 0.1% and 0.01% tolerances is performed. Blue and purple cells 

indicate geochemically active and inactive gridblocks, respectively. 

Simulations 
Speedup scheme 

Tolerance = 0.1% 

Speedup scheme 

Tolerance = 0.01% 

0.9 PV of high salinity 

waterflooding 

 

 

 
 

 

1.1 PV of waterflooding  

(0.1 PV low salinity 

waterflooding) 

 

 
 

 

1.4 PV of waterflooding  

(0.4 PV low salinity 

waterflooding) 
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Figure 5-55: Effect of tolerance on prediction of oil recovery during low salinity water 

injection of Case 5. 

 

Figure 5-56: Total CPU time versus number of processors. 
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From the cases presented here, it can be inferred that while the speedup scheme can 

significantly reduce the computational time, selecting the appropriate tolerance is crucial 

and case-dependent. Among different cases presented here we conclude that for low 

salinity problems with heterogeneity and wettability alteration mechanism, a tolerance of 

0.01% is satisfactory. The computational CPU time was significantly reduced and accurate 

results were obtained. However, application of the speedup scheme for other problems 

should be investigated for a proper tolerance selection. Moreover, using speedup scheme 

reduced parallel efficiency. In other words, when speedup scheme is used there is no need 

for using significant number of processors. This can vary from one problem to another 

depending on the location of the sources/sinks and how concentration changes occur in a 

reservoir. We speculate that the reallocation of processors during the simulation process 

can increase parallel efficiency when speedup scheme is used which is beyond the scope 

of this study.  
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Chapter 6: Application of Reactive-Transport Simulation in Modeling 

Scale Formation and Clay Swelling1  

In previous chapters we used UTCOMP-IPhreeqc to model low salinity water 

injection and carbonated waterflooding processes. However, reactive-transport simulation 

is not limited to the processes discussed in previous chapters. It can be used in several other 

processes in the oil and gas industry. Some of these processes are: Scale formation, CO2 

sequestration, hydraulic fracturing, matrix acidizing, and groundwater modeling. Both 

UTCOMP-IPhreeqc and UTCHEM-IPhreeqc, coupled chemical flood (UTCHEM) and 

geochemical package (IPhreeqc) simulator, can be used to model these processes. In this 

chapter we present the application of reactive-transport simulation in the following 

processes: Scale formation during Alkaline Surfactant Polymer (ASP) injection; Clay 

                                                 
1 Some parts of Chapter 6 are published in the following citations: 

 

Section 6.2: 

  

Sanaei, A., Shakiba, M., Varavei, A., and Sepehrnoori, K. 2017. Mechanistic Modeling of Clay Swelling in 

Hydraulic-Fractures Network. SPE Res Eval Eng 21 (01): 96-108. https://doi.org/10.2118/180372-PA. 

 

Below briefly describes the nature of coauthors contribution: 

 

- Kamy Sepehrnoori: Supervising the research, technical support, and revising the manuscripts. 

 

- Abdoljalil Varavei: Technical support and revising the manuscript. 

 

- Mahmood Shakiba: Implementing the EDFM model. 

 

Section 6.3: 

  

Abouie, A., Sanaei, A., and Sepehrnoori, K. 2019. Simulation Study of Scale Management during Hydraulic 

Fracturing in Unconventional Reservoirs. Presented at SPE International Conference on Oilfield 

Chemistry, Galveston, Texas, USA, 8-9 April. SPE-193570-MS. https://doi.org/10.2118/193570-MS.  

 

Below briefly describes the nature of coauthors contribution: 

 

- Kamy Sepehrnoori: Supervising the research, technical support, and revising the manuscripts. 

 

- Ali Abouie: Writing the manuscript and conducting the scale formation modeling. 

 

https://doi.org/10.2118/180372-PA
https://doi.org/10.2118/193570-MS
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swelling in unconventional reservoirs; and Scale formation during hydraulic fracturing 

fluid injection. Following sections present background and motivation, methodology and 

case studies for each of the studied processes. 

6.1 SCALE FORMATION DURING ASP INJECTION IN CARBONATES 

6.1.1 Background  

Alkaline/Surfactant/Polymer (ASP) flooding is a chemical EOR method that is 

based on synergy among alkaline, surfactant, and polymer flooding. ASP is considered a 

complex oil recovery method due to various mechanisms involved. Three chemicals used 

in ASP flooding are (1) polymer to increase water viscosity and reduce water-oil mobility 

ratio, (2) surfactant to achieve ultra-low IFT and increase in capillary number to mobilize 

trapped oil saturation after waterflood, and (3) alkaline to increase water pH, generate in-

situ soap to interact synergistically with the injected surfactant, reduce the surfactant 

adsorption and lower IFT over a broader range of salinity (Green and Willhite, 1998; Lake 

et al., 2014; Wang et al., 2011; Javanbakht et al., 2017). 

Several ASP pilot and field scale applications have been implemented worldwide. 

Most of the field projects have been conducted in China mostly in sandstone reservoirs i.e. 

Daqing among others. Sodium hydroxide (NaOH) was used as the alkali agent in most of 

Daqing ASP floods; however sodium carbonate (Na2CO3) was also tested. Because of the 

low acid contents of the crude oil in this reservoir (TAN < 0.1 mg KOH/g oil), high 

surfactant concentrations (>0.3%) were used in pilot projects. The incremental recovery 

ranged 20-25% with oil cut increase of 17-40% (Chang et al., 2006; Olajire, 2014, Zhu et 

al., 2012). Although ASP flooding in Daqing resulted in significant incremental recoveries, 

but severe scaling issues was observed due to scale formation in production wells which 

resulted in high rate of pump failures and abnormal operations (He et al., 2007).  Studies 



 323 

have indicated that the reaction of alkali with quartz rock minerals and formation water 

increases the scaling-ions concentration (e.g., Ca+2, CO3
-2, SiO2

-3) in the formation (Olajire, 

2014). As the production fluid goes toward the wellbore and inside the well more scales 

are formed due to reduced pressure and temperature. This results in significant workover 

and treatment costs. Because of the scaling problem the life of screw pumps was reduced 

to 97 days, compared to 375 days in polymer flooding and 618 days in waterflood 

operations (Sheng, 2014).  

Beside Daqing field, other Chinese fields such as Shengli and Karamay have also 

been ASP flooded and indicated good response (Wang et al., 1997; Qi et al., 2000; Chang 

et al., 2006). In, Canada two ASP floods were implemented in the Taber area of Alberta. 

The first one was implemented in May 2006 (Warner ASP) and the second one in 2008 

(Crowsnest ASP). Both were implemented in sandstone reservoirs with high (70-80%) 

quartz mineral content. Both reservoirs are very homogeneous with 24% average porosity 

and 1600-1800 mD permeability. ASP started with 0.75% NaOH alkali, 0.15 wt% 

surfactant and 1200 ppm polymer with softened water and was injected for 0.35 PV in both 

projects. After ASP slug injection polymer drive was injected and as of December 2012, 

11.1% incremental oil recovery was observed in Warner ASP flood project. Both projects 

experienced scale. In both projects significant issues with silicate and calcite scaling were 

observed, which resulted in short life span of pumps decreasing to less than a month in 

some wells. As the high pH ASP progressed and moved toward the producing wells the 

pipeline and facilities were also exposed to the scaling which resulted in several issues and 

mitigation plans had to be used (Mclnnis et al., 2013; Hunter et al., 2013). ASP projects in 

the US fields have been reported in the following fields: West Kiehl, Cambrige Minnelusa, 

Tanner, Sho-Vel-Tum, and Lawrence. The results of this field and pilot ASP studies 

showed promising results and significant incremental recoveries ranging from 17-26% 
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OOIP (Meyers et al., 1992; French et al., 1999; Vargo et al., 2000; Pitts et al., 2006; Seyers 

et al., 2012).   

While most of the field and pilot ASP studies are performed in Sandstones, 

application of ASP in carbonates has received much attention in the last few years. It was 

traditionally believed that ASP is not applicable to carbonate reservoirs due to high 

surfactant retention and precipitations (Liu et al., 2008; Panthi et al., 2015). However, 

recent laboratory studies and one spot pilots have indicated promising results of ASP 

performance in carbonate rocks (Flaaten et al., 2008; Bataweel and Naser-El-Din, 2011; 

Levitt et al., 2011; Al Murayri et al., 2017). Moreover, there are several carbonates that 

are good candidates for SP and ASP flooding based on laboratory and small field tests.  

Several issues reported in the literature with use of sodium hydroxide (NaOH) as 

alkali in sandstone reservoirs, however many of the associated problems have been 

alleviated by replacing Sodium hydroxide with sodium carbonate. One problem that still 

exists with use of sodium carbonate is scaling (Karazincir et al., 2011). With the recent 

advances in ASP formulation and use of hybrid alkali (mixture of Sodium hydroxide and 

Sodium carbonate as alkali) the study of scale formation possibility becomes essential. 

In sandstone rocks, the presence of quartz mineral promotes severe silicate scaling. 

As the alkaline sweeps the reservoir and pH raises, the high pH water dissolves quartz in 

the formation which results in monomeric silica (Si(OH)3O
-Na+) flowing with the water 

flood. As the high pH water encounters neutral pH connate water, the dissolved silica 

begins to polymerize and colloidal silica nanoparticles form. If the polyvalent cations such 

as magnesium or calcium are present in the connate water they can bridge the colloidal 

silicate particles and form an amorphous silicate scale such as Mg(OH)2 or Ca(OH)2 (He 

et al., 2007; Arensdorf et al., 2010). 
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In carbonates, when sodium carbonate is injected, the CO3
-2 concentration of the 

aqueous phase is increased. According to Le Chatelier’s principle (Le Chatelier, 1884), the 

carbonate minerals reactions (indicated in Table 6-1) shift toward left to counteract the 

imposed change and establish new equilibrium. Consequently, if divalent cations are 

present in the in-situ reservoir brine, carbonate minerals such as calcite and dolomite can 

precipitate. Moreover this increase in CO3
-2 concentration shifts the carbonic acid reaction 

to the left which in turn results in H+ concentration reduction and increase in pH. With high 

OH- concentration some of the mineral reactions as indicated in Table 6-1 shift to the left 

and scale precipitation occurs. On the other hand, if sodium hydroxide is injected in 

presence of hard water, OH- reacts with calcium and magnesium ions and produce 

magnesium and calcium hydroxide precipitations. This can result in deposition of other 

scales to a lesser extent depending on formation water composition.  

Several studies have been recently concentrated in viability of ASP flooding in 

carbonate reservoirs. While most of these studies are concentrated on evaluation of 

incremental oil recovery, chemical formulation development, coreflood tests and pilot 

design, little attention has been given to scale deposition and fluid-rock interaction in high 

pH ASP fluid injection in the field-scale.  
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Table 6-1: Hydrolysis reaction of minerals (equilibrium constants are at 25 ̊C; Parkhurst 

and Appelo, 2013) a. 

Mineral  Geochemical reactions Log K 

Calcite 
2 2

3 3CaCO CO Ca   -8.48 

Quartz 2 2 4 42SiO H O H SiO  -3.98 

Dolomite 
2 2 2

3 2 3( ) 2CaMg CO Ca Mg CO     -17.09 

Mg(OH)2 
2

2(OH) 2Mg Mg OH   -10.88 b 

Ca(OH)2 
2

2Ca(OH) 2Ca OH   -5.90 b 

Anhydrite 
2 2

4 4CaSO Ca SO   -4.36 

Gypsum 
2 2

4 2 4 2CaSO : 2 2H O Ca SO H O    -4.58 

Barite 
2 2

4 4BaSO Ba SO   -9.97 

Aragonite 
2 2

3 3CaCO CO Ca   -8.34 

Pyrite 
2

2 2 2 2FeS H e Fe HS       -18.48 

Fe-dolomite 
2 2 2 2

0.5 0.5 3 2 3( ) 0.5 0.5 2CaFe Mg CO Ca Fe Mg CO       -19.10 c 

Halite NaCl Na Cl   1.57 

Sylvite KCl K Cl   0.90 

Celestite 
2 2

4 4SrSO Sr SO   -6.63 

Witherite 
2 2

3 3OBaC Ba CO   -8.56 

Strontianite 
2 2

3 3OSrC Sr CO   -9.27 

Siderite 
2 2

3 3OFeC Fe CO   -10.89 

Hematite 
3

2 3 2Fe 6 2 3O H Fe H O    -4.00 

K-Feldespar 3 8 2 4 4 48 ( ) 3KAlSi O H O K Al OH H SiO     -20.57 

Albite 3 8 2 4 4 48 ( ) 3NaAlSi O H O Na Al OH H SiO     -18.00 

Anorthite 
2

2 2 8 2 4 4 48 2 ( ) 2CaAl Si O H O Ca Al OH H SiO     -19.71 

       a. From phreeqc.dat geochemical database  

       b. From pitzer.dat geochemical database 

       c. From Duan et al. (2016) 

 6.1.1 UTCHEM-IPhreeqc 

UTCHEM-IPhreeqc is a coupled comprehensive chemical flood (UTCHEM) and 

geochemical package (IPhreeqc) simulator developed at The University of Texas at Austin 



 327 

(Korrani, 2014). UTCHEM is a 3D, implicit in pressure and explicit in compositions 

(IMPEC) simulator, that has been developed as a general purpose code to mechanistically 

model ASP and other chemical EOR processes (Delshad et al., 2013). It has a three-phase 

(water, oil, and microemulsion) phase behavior model for the mixture of surfactant and 

soap as a function of salinity, temperature, and co-solvent concentration (Bhuyan 1989; 

Mohammadi, 2008; Mohammadi et al., 2009; Lashgari et al., 2017).  

UTCHEM uses EQBATCH geochemical package, to take into account the effect 

of geochemical reaction on reactive-transport problems (to perform batch geochemical 

reaction equilibrium calculations) developed by Bhuyan (1989) and later generalized by 

Luo et al. (2015). While this geochemical package can handle essential geochemical 

reactions related to ASP flooding i.e. soap generation, alkali precipitation with aqueous 

divalent ions, and alkali consumption in ion exchange reactions, it lacks several capabilities 

detailed in Korrani et al. (2015). Korrani (2014) coupled IPhreeqc with UTCHEM to 

combine the geochemical strength of IPhreeqc with chemical modeling in UTCHEM. 

Moreover, he parallelized the geochemical module to reduce the computational run times. 

The coupling and parallelization procedure and calculation flowchart of UTCHEM-

IPhreeqc are detailed in Korrani (2014).  

In UTCHEM-IPhreeqc, at each timestep pressure equation is implicitly solved and 

followed by explicit calculation of mass conservation equation to solve for component 

concentrations. In next step, element concentrations in each gridblock are fed into the 

IPhreeqc built-in input file and geochemical calculations are performed for new 

equilibrium state at each gridblock including the partitioning of the reactive acid 

component of the oil phase into the aqueous phase and its dissociation reaction in aqueous 

phase. After the equilibrium calculations of IPhreeqc, the output such as new element 

concentrations, and the total ionic strength in each gridblock are used in UTCHEM. The 
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phase saturations are then used in relative permeability and capillary pressure calculations 

followed by updating the reservoir rock and fluid properties (Korrani et al., 2016b,c; 

Tavassoli et al., 2015).  

In this study we follow the same procedure to model ASP using the full 

geochemical capabilities of UTCHEM-IPhreeqc similar to the procedure followed by 

Korrani (2014). In order to consider the effect of scale on rock properties, we consider 

minerals presented in Table 6-1. Therefore, in each timestep in each gridblock, IPhreeqc is 

run to find the new equilibrium state and amount of solid precipitations/dissolutions. In 

order to quantify scale, we include the precipitation or the dissolution of all minerals that 

are initially present or may precipitate later due to the injected water on reservoir 

properties. Once the geochemical equilibrium state of the gridblock is defined, the change 

in moles of each of the considered minerals is acquired. Then, Eq. (6.1) is used to update 

the porosity of each gridblock at each timestep.  

 

1 ,

k k
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n Mw

V


 



 


 

(6.1) 

 

where i and BiV  are porosity and bulk volume of gridblock i, respectively. kMw , k , and 

kn  are molecular weight, density, and change in concentrations (moles) of the κth solid, 

respectively. Positive values of kn  are indicative of precipitation and negative values 

show dissolution. Kozeny-Carman equation (Kozeny, 1927; Carman, 1956) is used to account 

for the effect of scale formation on permeability.  
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where ki is the absolute permeability of gridblock i and (n+1) and (n) superscripts are 

simulation timesteps. 

  6.1.3 Case studies 

In this section, first we use PHREEQC to investigate possibility of deposition of 

various minerals as the water pH increases. Batch and single phase 1D cases are performed 

in PHREEQC. Second, we use a synthetic field-scale simulation model in UTCHEM-

IPhreeqc to model ASP and investigate the possibility and severity of scaling in ASP 

flooding. 

6.1.3.1 PHREEQC Batch Calculation 

In order to determine the source of scale with sodium hydroxide and sodium 

carbonate injection, we perform PHREEQC batch calculation considering 1 gr of rock in 

15 ml of water (similar to static experiments performed by Tagavifar et al., 2018). We 

assume the rock has mineral composition of a carbonate reservoir core presented in Table 

6-2. Two simulation sets are conducted: 1. pH is increased by adjusting sodium carbonate; 

2. sodium hydroxide concentration is increased to achieve the desired pH. We have 

considered several minerals in calculations to assure we have included all possible mineral 

precipitations in these simulations. A list of all solid phases with the corresponding reaction 

and equilibrium constants considered in our simulations were presented in Table 6-1.  
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Table 6-2: Mineral content of the reservoir corea. 

Mineral Composition (wt%) 

Calcite 97.9 

Quartz 1.0 

Dolomite 0.5 

Fe-Dolomite 0.2 

Pyrite 0.1 

K-Feldespar 0.1 

Plagioclase 0.1 

Halite 0.1 

a. Data from Al-Murayri et al. (2017) 

 

First, we consider the in-situ water in equilibrium with the rock, and the 

concentration of alkali is step-by-step increased. We run simulation for four different in-

situ brine compositions: formation produced brine (FW), a 50:50 combination of formation 

and seawater brines (FSW), seawater brine (SW), and softened seawater brine (SSW). The 

composition of the brines is presented in Table 6-3. We then investigate the change of pH 

and precipitation of various minerals as the alkali solution is added and pH is increased. 

Figure 6-1 shows the amount of precipitated minerals in mole/kgw for the four 

different brine compositions. According to this figure carbonate minerals (calcite and 

dolomite) are the major precipitants as the pH is increased by adding sodium carbonate. 

Moreover, the amount of precipitation depends on the divalent concentration in the in-situ 

brines as there is no major scale formed in presence of SW and SSW brines. Furthermore, 

while there is no calcite and dolomite precipitated in the SSW, a considerable amount of 

dolomite is precipitated in SW due to presence of divalent cations. No divalent hydroxide 

or anhydrite solid was deposited as sodium carbonate added to the solution. Another 
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observation from this case is that by adding sodium carbonate the pH cannot increase above 

10.2, which is consistent with reported lab results (Al-Murayri et al., 2017, Tagavifar et 

al., 2018). 

 

Table 6-3: Brine compositions for ASP scale studya 

Name 

Produced 

Brine 

(FW) 

Mix of Formation 

Brine-Seawater 

(FSW) 

Seawater 

(SW) 

Softened 

Seawater 

(SSW) 

Ion Concentration (ppm) 

Ca2+ 16,920 11,395 650 0 

Mg2+ 2,570 2,691 1,926 0 

Ba2+ 5 3 0 0 

Sr2+ 642 423 6 0 

K+ 1,078 994 551 551 

Na+ 68,600 52,785 15,121 18,860 

HCO3
- 150 150 153 0 

Cl- 144,478 108,982 27,771 26,853 

SO4
2- 210 696 3,700 3,700 

TDS 234,653 178,119 49,878 49,964 

a. Data from Al-Murayri et al. (2017) 
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(a) 

 

 
(b) 

 

Figure 6-1. 
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(c)  

 

 
(d)  

Figure 6-1: Solid concentrations in the brine solution as pH is increased by adding sodium 

carbonate. (a) Calcite, (b) Dolomite, (c) Strontium carbonate (SrCO3), and (d) 

Hematite. 

Figure 6-2 presents the evolution of calcium, magnesium, sodium, iron, and 

potassium concentrations verses pH for FW case. One of the notable features of this figure 
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is dependency of ion concentrations on the brine pH. As sodium carbonate is added and 

pH is increased, some minerals start to precipitate causing the change in ionic concentration 

of minerals. For instance, as the sodium carbonate concentration and pH increase, the 

following reaction moves to the left where Hematite (Fe2O3) precipitates and iron 

concentration in the solution decreases. 

 
3

2 3 2Fe 6 2 3O H Fe H O    (6.3) 

 

Similar behavior is observed for calcium, magnesium, and strontium ions as calcite, 

dolomite, and strontium carbonate precipitate when pH is increased.  

 

 

Figure 6-2: Evolution of cation concentrations as sodium carbonate is added to the FW in 

equilibrium with the rock. 
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The effect of increased pH by adding sodium hydroxide on solid precipitation is 

indicated in Figure 6-3. The results show that by adding sodium hydroxide the pH was 

raised to about 12.5 consistent with the lab results reported by Al-Murayri et al. (2017). 

Main scales are divalent hydroxides (Mg(OH)2 and Ca(OH)2) when sodium hydroxide is 

used. A significant amount of calcium hydroxide is precipitated in FW and this amount is 

decreased as the water is diluted or softened. The dependency of cation concentrations on 

pH is also indicated in Figure 6-4. The concentration of calcium and magnesium decreases 

as they react with the injected sodium hydroxide and form calcium and magnesium 

hydroxides. 

 

 
(a) 

 

Figure 6-3.  
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(b) 

 

 
(c)  

Figure 6-3: Solid concentrations in the brine solution as Sodium hydroxide is added. (a) 

Calcium hydroxide, (b) Magnesium hydroxide, and (c) Hematite. 
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Figure 6-4: Evolution of cation concentrations as sodium hydroxide is added to the FW in 

equilibrium with the rock. 

6.1.3.2 1D Single Phase Flow Simulations 

We set up a 1D model with 40 gridblocks with 100% water saturation in PHREEQC 

to study scale formation in ASP injection with different alkali formulations. The list of 

solid phases considered in these simulations and the rock mineral composition were 

presented in Tables 6-1 and 6-2, respectively. Initially, we assume that existing rock 

minerals are in equilibrium with the in-situ brine at a temperature of 78 ̊C. Alkali is injected 

with a velocity of 0.03 m/s with a Peclet number (Npe) of 40. 2 PV of alkali is injected into 

the reservoir while pH and solids concentration are monitored.  

The following simulations are considered: 

A base-case with hybrid alkali injection.  

Effect of in-situ brine composition on scale formation considering these scenarios: 

1. Formation brine (FW),  
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2. A 50:50 combination of formation and seawater (FSW),  

3. Hard seawater (SW),  

4. Softened seawater (SSW) 

 The composition of the brines simulated was presented in Table 6-3. We also 

investigate the effect of alkali composition on pH and scale formation during the alkali 

injection. 

Base Case 

We inject 0.5wt% NaOH and 3.25 wt% Na2CO3 into the reservoir with FW in-situ 

brine. Figure 6-5 presents the history of solid concentrations and pH in the center of the 

reservoir (gridblock 20). As fluids are injected, pH increases and reaches to a maximum 

value of 11.6. Calcite and magnesium hydroxide are the dominant precipitated minerals 

with 0.06 and 0.015 mol/kgw concentrations. Moreover, we observed dolomite and SrCO3 

precipitations to a much lesser degree and no calcium hydroxide was formed. It should be 

noted that Al-Murayri et al. (2017) and Tagavifar et al. (2018), for the same alkali 

formulation at room temperature (25 ̊C), measured a pH of 12.6. If we conduct the 

simulation at room temperature of 25o C, we calculate the same pH of 12.6 consistent with 

the measured data. 
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Figure 6-5: Solid concentrations and pH at the center of the model (gridblock 20) in hybrid 

alkali brine injected in FW brine composition. 

Sensitivity to In-Situ Brine Composition 

Figure 6-6 shows the amount of precipitated minerals in mol/kgw for different in-

situ brine compositions presented in Table 6-3. No precipitation was observed when the 

reservoir was fully saturated with SSW (i.e. no divalent cations). Moreover, calcite and 

magnesium hydroxide are the major precipitants as the pH is increased by injecting the 

hybrid alkali.  The amount of precipitation depends on the concentration of divalent ions 

in the in-situ brines where there is significantly higher scales deposited in FSW and FW 

brines. It is also observed that in FSW brine, at high pH (>10) magnesium hydroxide has a 

much higher tendency to precipitate compared with dolomite. However, at lower pH (8-

10) dolomite shows higher scaling tendency.  
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(a) 

 

 
(b) 

 

Figure 6-6. 
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(c)  

 

 
(d)  

Figure 6-6: History of solid concentrations at the center of the model (gridblock 20) in the 

brine solution as hybrid alkali is injected. (a) Calcite, (b) magnesium 

hydroxide, (c) Strontium carbonate (SrCO3), and (d) Dolomite. 
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Sensitivity to Alkali Agent 

We inject about 2 PV of four different alkali mixtures assuming the in-situ FW 

brine and monitor history of pH and solid concentrations in gridblock 20. Four alkali 

mixtures are:  

1. 3.25 wt% Na2CO3, 

2. A hybrid alkali with 3.25 wt% Na2CO3 and 0.5 wt% NaOH,  

3. A hybrid alkali with 3.25 wt% Na2CO3 and 1.0 wt% NaOH, and 

4. 2 wt% NaOH.  

Figure 6-7 presents the history of pH for the cases simulated. It is observed with 

sodium carbonate pH cannot increase above 10.2 consistent with reported lab results (Al-

Murayri et al., 2017, Tagavifar et al., 2018). As sodium hydroxide is added to sodium 

carbonate, pH reaches to about 12.  The solution pH increases to slightly above 12 if 2% 

NaOH concentration is used. Another interesting observation is that the pH value of 10 is 

achieved as early as 0.5 PV injection when 1% NaOH is mixed with 3.25% Na2CO3. 
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Figure 6-7: Evolution of pH at gridblock 20 using different alkalis. 

The effect of increased pH by adding different alkalis on solid concentrations is 

indicated in Figure 6-8. Several observations can be made from this figure: 1. Regardless 

of alkali type, increase in pH results in higher scale formation, especially calcite which is 

a common precipitate in all alkali solutions studied. 2. If only sodium carbonate is injected, 

carbonate minerals (calcite and dolomite) are the dominant precipitants and divalent 

hydroxides do not precipitate. 3. Calcium hydroxide precipitates only if sodium hydroxide 

is injected. If hybrid alkali used, since calcite has higher scaling index compared to calcium 

hydroxide, calcite deposits. 4. Dolomite precipitates only if sodium carbonate is injected. 

This is due to lower scaling index of dolomite compared to magnesium hydroxide. 

Therefore, for alkali mixtures, magnesium hydroxide preferably precipitates. 
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(a) 

 

 
(b) 

 

Figure 6-8. 
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(c)  

 

 
(d)  

Figure 6-8: History of solid concentrations at the center of the model (Gridblock 20) with 

different alkali mixtures injected in in-situ FW brine. (a) Calcite, (b) 

magnesium hydroxide, (c) calcium hydroxide, and (d) dolomite. 
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6.1.3.3 Scale Formation Study in a Synthetic Field-Scale ASP Flooding 

We design a synthetic field model to study scale formation due to ASP injection in 

a carbonate reservoir. The reservoir pressure is initialized at 2000 psia with 78 ̊C 

temperature. Figure 6-9 shows a 3D view of the reservoir model. Five wells (four pilot 

injectors and one pilot producer) are considered in the model. The model has 20 and 20 

gridblocks in x- and y-directions and 40 layers in z-direction with grid sizes of 30 ft in both 

x- and y-directions, and 3 ft in z-direction. The reservoir is isotropic and highly 

heterogeneous with an average porosity and permeability of 25% and 20 md, respectively. 

Figure 6-10 depicts the porosity and permeability map of the model. The heterogeneity is 

generated using PETREL (PETREL, 2018) with correlation lengths of 600, 600, and 9, in 

major, minor and vertical directions, in turns. The calculated Dykastra-Parsons coefficient for 

the generated permeability distribution is 0.63. 

 

 

Figure 6-9: Synthetic UTCHEM-IPhreeqc reservoir simulation model (the reservoir 

thickness is scaled by a factor of 2). 
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(a) 

 

 

(b) 

Figure 6-10: (a) Porosity and (b) permeability distribution in the reservoir model (the 

reservoir thickness is scaled by a factor of 2). 

We use this model to mechanistically model ASP flood using UTCHEM-IPhreeqc. 

To model ASP, we use the developed ASP formulation and design by Al-Murayri et al. 

(2017). Similar to the proposed design we used a hybrid alkali slug with sodium hydroxide 
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and sodium carbonate. Alkaline and surfactant phase behavior and adsorption parameters 

as well as polymer properties are used from reservoir corefloods (Al-Murayri et al., 2017). 

We consider rock composition similar to reservoir cores presented in Table 6-2. Moreover, 

the resident formation brine is assumed to be 1:1 ratio mixture of formation brine and 

seawater brine given in Table 6-3. ASP slug and polymer drive compositions are indicated 

in Table 6-4. Moreover, the ASP flooding design with respect to water composition and 

duration of different phases of the simulation is presented in this table. It should be noted 

that NaCl is added to the ASP and polymer drive injection slugs to achieve the desired 

salinity gradient.  

 

Table 6-4: ASP pilot water specifications with respect to salinity. 

Injection 
FSW 

waterflood 

SSW 

pre-flush 
ASP 

Polymer 

drive 

SSW 

post flush 

Injection (PV) 0.15 0.3 0.2 0.4 0.4 

NaOH (ppm) 0 0 5,000 5,000 0 

Na2CO3 (ppm) 0 0 32,500 2,500 0 

pH ~7 ~7 12.6 12.6 ~7 

Polymer concentration (ppm) 0 0 3,500 3,500 0 

Surfactant concentration (wt%) 0 0 1.5 0 0 

Total salinity (ppm TDS) 178,000 50,000 87,500 30,000 50,000 

 

As it is indicated in Table 6-4, the injection starts with 0.15 PV of in-situ formation 

brine injection and followed SSW injection to reduce the concentration of divalent cations.  

After 0.3 PV of SSW pre-flush, ASP slug (1.5 wt% surfactant and 3500 ppm polymer) is 

injected for 0.2 PV followed by 0.4 PV of polymer drive (3500 ppm polymer) and 0.4 PV 

of SSW postflush.  
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Consistent with the 1D single phase simulations, calcite and magnesium hydroxide 

are the major precipitations in the reservoir. We observe significant calcite precipitation 

near the producer and magnesium hydroxide formation near injectors. Calcium hydroxide 

did not form in the reservoir confirmed by single phase simulations. The profiles of pH and 

scales along two injectors and the producer cross section (INJ-2/PROD-1/INJ-3) are 

presented in Figure 6-11. This figure presents pH distribution and the precipitation or 

dissolution of calcite, dolomite, magnesium hydroxide, and strontium carbonate after 1 PV 

of simulation. The first observation is that pH has very well propagated inside the reservoir. 

Second, calcite is the dominant mineral that precipitates near the producer. We also observe 

minor deposition of dolomite and strontium carbonate near the production wellbore. Also, 

before the breakthrough of high pH injected fluid, dolomite and strontium carbonate were 

mainly deposited in the mixing zone of injected high pH and in-situ low pH brines. 

Moreover, magnesium hydroxide is precipitated mainly around injectors due to the reaction 

of OH- with in-situ magnesium as a result of sodium hydroxide injection. 
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Figure 6-11: pH and solid concentration distributions along INJ-2/PROD-1/INJ-3 cross 

section after 1 PV of fluid injection (Values below the limit on color scale are 

indicated in gray). 
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We repeated the ASP pilot simulations but using different water in the pre-flush 

namely SSW (base case), SW, and FSW. The effect of pre-flush brine composition on 

calcite concentration is indicated in Figure 6-12. This figure presents the profiles of 

permeability, calcite concentration, and porosity change along the z-direction (layers 1-40) 

for the wellbore gridblock after 1PV of injection. It is observed that the composition of 

pre-flush slug can significantly affect the calcite precipitation where higher divalent 

concentration in the pre-flush slug can result in higher scale formation. Moreover, 

regardless of preflush brine composition, more calcite precipitation and formation damage 

occurred in higher permeable regions. Additionally, we did not observe a considerable 

difference between SSW and SW pre-flush slug on calcite precipitation around the 

producer; however, pre-flushing using formation brine might result in severe scale 

formation.  

 

 

Figure 6-12: Profiles of permeability, calcite concentration, and porosity change along the 

z-direction for the wellbore gridblock (11,11,1-40) after 1 PV of injection. 
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While severe calcium carbonate scale forms near the producer, the porosity 

variation map indicated negligible porosity change in the reservoir. It should be noted that 

since most of the scale occurs around the wellbores, there might be some inorganic 

precipitations in the wellbore that can be treated with standard field operations of using 

scale inhibitors.  

6.2 MODELING OF CLAY SWELLING IN HYDRAULIC FRACTURES NETWORK 

6.2.1 Background 

Hydraulic fracturing is performed in very low permeability reservoirs to create the 

conductive pathways required for hydrocarbon transfer from the reservoir rock to the 

producing wells. Extensive studies have been presented in the literature on how to 

maximize the conductivity of hydraulic fractures. The main focus has been primarily on 

the operational parameters, such as pressure management and successful proppant 

placement. However, the chemical interactions between fracturing fluid and rock matrix 

have not received much attention. These interactions, if not considered appropriately, may 

result in a significant damage to the conductivity of hydraulic fractures and a decline in the 

overall production of the formation. One well-known example of such unfavorable 

interactions is clay swelling (Jones, 1964; Krueger, 1986; Civan and Knapp, 1987; Zhou 

et al., 1996, 1997; Anderson et al., 2010). In this Section, we use a mechanistic approach 

to model and to quantify the clay stability issue. This model ultimately provides the 

capability to approximate the blockage of fracture aperture due to clay swelling and to 

subsequently determine the loss of hydrocarbon production. 

The fracturing fluid is often water-based with several additives for viscosity and 

friction controls. The additives such as polymers, cross-linkers and gel breakers are mainly 

used to uniformly distribute proppants through modification of the physical properties of 
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the fracturing fluid (Barati and Liang, 2014). Furthermore, water salinity may also 

influence the hydraulic fracturing efficiency. Mostly, salinity is adjusted to prevent 

undesirable rock-water chemical interactions, especially in shale formations. It is well-

established that higher salt concentrations tend to mitigate the clay swelling problems. 

However, a mechanistic model is required in order to investigate the effect of brine 

composition and shale mineralogy on the clay swelling damage.  

Zhang et al. (2016) conducted laboratory experiments on several rock samples 

including cores from Barnett shale with 55% clay content to study the impact of water/rock 

interactions on conductivity of induced fractures. To specifically investigate the effect of 

clay swelling, they injected fresh water as well as brine with 2% potassium-chloride (KCl). 

In one of the core flood experiments (the core with the lowest initial conductivity), they 

observed 84% conductivity loss with fresh water injection compared to 2% KCl solution. 

Although such reduction was not observed in the other core flood experiments, the clay 

content was reported as one of the major factors impacting the fracture damage. 

Estimation of production loss due to fracture damage requires a basic understanding 

of matrix/fracture communication and fracture conductivity. Permeability of rock matrix 

(in the order of nano-darcy to micro-darcy) is very low compared to the permeability of 

hydraulic fractures (in the order of milli-darcy to several darcies). The flow capacity of a 

fracture is often represented by dimensionless fracture conductivity. The dimensionless 

fracture conductivity is the ratio of the flow capacity of fracture to the flow capacity of 

matrix:  

 

f

fD

f

k w
C

k x
 , (6.4) 
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where CfD is dimensionless fracture conductivity; kf is fracture permeability; w is fracture 

aperture; k is matrix permeability; and xf is the fracture half-length. When the contrast 

between fracture permeability and rock permeability is significant, then the dimensionless 

fracture conductivity has a very large value. For large fracture conductivities (e.g. greater 

than 10; Valko and Economides 1998), the fracture is assumed to have infinite conductivity 

value. The infinite conductivity implies that any further change (decrease or increase) in 

the permeability or aperture of the hydraulic fracture has negligible impact on production 

rate if the final conductivity remains above the infinite value threshold (Cinco-Ley and 

Samaniego, 1981). In fact, the limiting factor for further production increase is rock matrix 

permeability. This concept has implications in the clay swelling case. If the damaged 

conductivity after clay swelling has still a very large value (greater than 10), then it has no 

sensitive effect on production rate. However, if fracture conductivity falls below the 

infinite value threshold, then by any further damage, a considerable portion of the 

production rate would be lost. This can roughly explain the results reported by Zhang et al. 

(2016). In their experiments, significant damage and production loss were observed in the 

core with the lowest initial conductivity. 

6.2.1.1 Clay Swelling 

Clays are naturally occurring minerals formed by weathering and decomposition of 

igneous rocks. Clays are composed of oxygen or hydroxyl and various cations that are 

packed according to their charge, and form octahedral and tetrahedral sheets. These sheets 

can be stacked in two basic structures: the 1:1 structure and the 2:1 structure. The 1:1 

structure consists of one tetrahedral and one octahedral sheet whereas the 2:1 structure 

consists of two tetrahedral sheets that enclose one central octahedral sheet. These two types 

of clay structures are often denoted as T-O and T-O-T layers. Clays can also be categorized 
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based on their layer arrangement, substitution, and composition into allophone, kaolinite, 

halloysite, smectite, illite, chlorite, vermiculite, attapulgite-palygorskite–sepiolite, and 

mixed layer minerals (Grim, 1953; Anderson et al., 2010). 

Kaolinite, mica, smectite, and illite are the major constituent minerals of clay in 

shale rocks. We focus our simulation study on smectite and illite which are representative 

of swelling and non-swelling clays, respectively. Figure 6-13 presents the structures of 

smectite and illite. As illustrated in this figure, smectite and illite have essentially similar 

structures comprising a two-dimensional array of aluminum-oxygen-hydroxyl octahedral 

sandwiched between two-dimensional arrays of silica-oxygen tetrahedral (T-O-T clay 

structure) (Grim, 1953; Bradury and Baeyens, 2005a). Smectite has a very large surface 

area most of which lies in the interlayer region. Substitution of trivalent Al for tetravalent 

Si and substitution of divalent cations (such as Mg and Fe) for trivalent Al in the smectite 

lead to a permanent negative lattice charge which is compensated by the preferential 

sorption of cations on the interlayer surface.  

The distance between the two structured layers, d100 spacing, is a function of the 

characteristics of the exchangeable cations, composition of the solution, and clay 

mineralogy. In the presence of water, interlayer exchangeable cations have the tendency to 

hydrate and to increase the d100 spacing. This results in a volume expansion that is referred 

to as clay swelling (Zhou et al., 1997; Anderson et al., 2010). In illite, lattice substitutions 

occur mostly in the tetrahedral layer. The compensating interlayer cations (predominantly 

potassium), unlike the cations on the external surface, are not generally exchangeable 

(Newman, 1987; Van Olphen, 1977). Thus, interlayer swelling by water is not observed in 

illite compared to smectite. A brief discussion of sorption mechanisms such as ion 

exchange and surface complexation is presented in Appendix C. These mechanisms are 

later used in modeling clay-water interactions. 
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Figure 6-13: Schematic representation of TOT clay structures. (A) Smectite (as a swelling 

clay), and (B) Illite (as a non-swelling clay). 

Clay swelling has been identified continuously as one of the major causes of 

formation damage in oil and gas reservoirs. Most of the clay swelling-related problems 

studied in the literature have been observed in the vicinity of wellbore during drilling, 

completion, or workovers. Also, in enhanced oil recovery, injection of water-based fluids 

such as brine or surfactant solution may disturb the chemical equilibrium between rock 

matrix and in-situ fluids. If rock matrix reacts to the disturbance in the pore fluid, then clay 

swelling, fines migration or rock dissolution/precipitation might occur. As a result, serious 

injectivity problems occur and efficiency of the EOR process decreases (Jones, 1964; 

Krueger, 1986; Civan and Knapp, 1987; Zhou et al., 1997). Similarly, in hydraulic 

fracturing stimulations, fracturing fluids may alter initial equilibrium conditions between 

rock and pore fluid phases. The initial equilibrium refers to the local equilibrium between 

the rock matrix and pore fluid that initially exist in the pores of the matrix. If a fresh 

fracturing fluid is injected, the constituent clays of the formation rock might swell and 
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enlarge. This results in blocking the effective flow path for the producing fluids due to 

fracture conductivity reduction.  

6.2.1.2 Water in Clay 

Three types of water exist in a clay-rich porous medium. The first type is the clay 

interlayer pore water surrounding the exchangeable cations. In interlayer pore water, the 

cations compensate the structural negative charge of the T-O-T layers, and the water 

molecules are built up in layers as part of the crystallographic structure of the swelling 

clay. The second type is the electrostatic double layer (EDL) water which consists of a 

Stern layer and a diffusive layer. In the Stern layer, hydrated cations bound to the surface, 

while in the diffusive layer, cations reside close to the surface. This type of water exist in 

both swelling and non-swelling clays. The third type of water is bulk solution water with a 

charge-balanced aqueous solution of cations and anions (Zhu and Anderson, 2002; Appelo 

and Wersin, 2007; Tournassat and Appelo, 2011). Figure 6-14 presents a schematic view 

of the interlayer, EDL, and bulk solution water realization in a sample rock. 
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Figure 6-14: Schematic representation of a clay texture in contact with water (A) before 

swelling and (B) after swelling. Water molecules and cations can have 

different configurations such as (A1) water and exchangeable cations in 

interlayer water of swelling clay, (A2) cations bound to the surface in Stern 

layer, (A3) diffusive layer, (A4) and bulk solution water. 

6.2.2 Methodology 

PHREEQC calculates the thickness of the Electrostatic Double Layer (EDL) as a 

function of ionic strength and the composition of the EDL using Donnan equilibrium. The 

Donnan equilibrium approximation is detailed in several studies (Donnan and 

Guggenheim, 1932; Appelo and Wersin, 2007; Tournassat and Appelo, 2011).  In order to 

model clay swelling, we divide the pore space of clay into two volumes: 1) a Donnan 

volume which is assigned to the full charge of clay surface containing EDL and interlayer 

water; and 2) a volume filled with bulk solution water. Since PHREEQC does not 

distinguish between the EDL water and the interlayer water, the effect of interlayer 

swelling is incorporated in EDL water swelling, using a higher specific surface area (which 
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is the case for smectite). Thus, in our simulation models, the volume of EDL water 

represents the summation of EDL water and interlayer water, and the bulk solution water 

is the charge-balanced free solution. An EDL Water Index (EDLWI) is defined to simply 

quantify the fraction of EDL water in the total water in the porous medium. The EDL water 

index is defined as 

 

,EDL water

EDL water bulk solution water

V
EDLWI

V V



 

(6.5) 

 

where VEDL water and Vbulk solution water are volumes of electrostatic double layer and bulk 

solution water, respectively. The calculation procedure for Vbulk solution water and VEDL water is 

presented in the Appendix D. 

To include clay swelling in UTCOMP-IPhreeqc the amount of water in EDL is 

dynamically calculated as a function of the shale mineralogy, composition, and salinity of 

the aqueous phase. The clay swelling lowers both the conductivity of hydraulic fracture 

and the permeability of rock matrix. To calculate the change in conductivity of hydraulic 

fracture we only consider the rock matrix exposed on the fracture face. If the rock is free 

of clay, then the fracture aperture is fully open to flow. In this situation all the water inside 

the fracture is accounted as solution bulk water. On the other hand, if rock matrix has some 

clay material, then at the initial condition, some of the water is adsorbed to the clay material 

on the fracture face (EDL water). Thus, when clay presents, the area open to flow would 

be proportional to the fraction of solution bulk water inside the fracture (1 oldEDLWI ). 

After water injection, if the equilibrium between formation water and rock matrix is 

disturbed, then clay swelling may occur. More water is adsorbed on the rock surface and 
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the area open to flow inside fracture is decreased (1 newEDLWI ). Thus, the new fracture 

aperture can be calculated using the following equation. 

 

1
,

1
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new old

f f old
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EDLWI
 

 
  

 
 (6.6) 

 

where 
f  is the fracture aperture. To calculate the permeability of fracture, a quadratic 

relation between fracture permeability and fracture aperture is used (Eq. (6.7)). In this 

research study, we have neglected the effect of proppant inside the fracture. If the fracture 

is propped, then a different formulation can be used to relate the fracture permeability to 

fracture aperture. 
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where kf  is fracture permeability. Modification of fracture conductivity  f fk   provides 

the capability to investigate the impact of clay swelling on performance of hydraulic 

fractures. 

In addition to fracture conductivity, rock matrix permeability may decrease if clay 

swelling occurs. As water is injected into the formation, some of the water is diffused into 

the rock matrix. The depth of water invasion into the rock matrix is a function of pressure 

gradient, rock permeability, fluid properties, and time. The invasion of water into the rock 

matrix is modeled inside the reservoir simulator by solving the internal flow and transport 

equations in every timestep (Chang, 1990). As the injected water reaches the clay material 

inside the rock matrix, the clay swelling occurs. To capture this effect, the permeability of 
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matrix gridblocks invaded by the injected water is also modified using Eq. (6.2). This 

equation is consistent with the proportionality relation between permeability and square of 

pore throat radius (the open space to flow). When rock matrix permeability is very low, 

water invasion would be very limited, and only a few gridblocks close to the fracture face 

would be affected. In this model, we have assumed that the expansion caused by clay 

swelling away from the fracture face is not transmitted to the fracture. The damage to the 

hydraulic fracture is only derived from clay swelling on the fracture face. We have also 

assumed that clay swelling inside the rock matrix does not change the porosity. This 

assumption can be justified by the fact that the pore volume of the rock is still occupied by 

hydrocarbon and water phases under a different arrangement as the water molecules have 

diffused into the clay material instead and have filled the volume inside the clay structure. 

6.2.3 Case Studies 

In this section we present a mechanistic approach to model clay swelling in various 

rock mineralogies including Barnett (clay-rich), Eagle Ford (Calcite-rich), and Marcellus 

shales. We investigate the mechanism and the degree of clay swelling using a 1D 

PHREEQC model. Subsequently, we investigate the production loss due to clay swelling 

in a realistic complex hydraulic fracture network using UTCOMP-IPhreeqc. 

6.2.3.1 1D PHREEQC Model 

We set up a 1D model (with 40 gridblocks) with 100% water saturation in 

PHREEQC to study clay swelling and EDL expansion as the result of fresh water injection. 

Initially, we assume that existing clays in the rock are in equilibrium with the brine present 

in the porous medium. Fresh water with the velocity of 0.03 m/s is injected into the first 

gridblock. Both ionic exchange and surface complexation are considered in modeling the 
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cations sorption in clays. We assume that smectite and illite have CEC of 100 and 20 

meq/100g, respectively. We add a surface with the density of edge sites equal to 10% of 

the CEC of smectite and 50% of the CEC of illite, and an electrostatic double layer that 

initially occupies a specific fraction of the pore space depending on the rock mineralogy. 

CEC, specific surface area, and exchangeable bases of the surface model are used from the 

results of experiments on illite and smectite samples presented in the literature (Bradury 

and Baeyens, 2002; Besq et al., 2003; Bradury and Baeyens, 2005a,b). We consider Ca2+, 

Mg2+, Na+, and K+ as exchangeable cations. Concentration of these ions on the surface and 

the other properties of the model are reported in Table 6-5. Surface complexation and ion 

exchange reactions are presented in Table 6-6. Mineral hydrolysis reactions from the 

PHREEQC geochemical databases are given in Table 6-7. The free brine solution has a 

salinity of 2000 ppm NaCl. 

 

Table 6-5: Properties of the 1D PHREEQC model for clay swelling modeling. 

Parameter Value 

Specific surface area (m2/g) 
500a 

70b 

CEC (meq/100g) 
100 a 

20 b 

Exchangeable bases of the surface model for Na+, Mg2+, 

Ca2+, and K+ (meq/100g) 

70, 9, 18, 3 a 

13, 2, 4, 1b 

Velocity (m/s) 0.03 

Gridblock length (m) 0.05 

Npe 40 

a. Smectite, b. Illite 
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Table 6-6: Ion exchange and surface complexation models. 

Surface complexation reactions  Log K 

SOH SOH   0.0 

SOH SO H     
-6.2a 

-7.9b 

2SOH SOH H     
-5.5a 

-4.5b 
2SOH Ca SOCa H       -5.0a 
2SOH Mg SOMg H       -5.0a 

Cation exchange reactionsc   

X X   0.00 

Na X NaX    0.00 

H X HX    1.00 
2

22Ca X CaX    0.80 
2

22Mg X MgX    0.60 
2

22Fe X FeX    0.44 
3

32Al X AlX    0.41 
2

22AlOH X AlOHX    0.89 

a. Equilibrium constant for illite from Bradury and Baeyens (2005b).  

b. Equilibrium constant for smectite from Bradury and Baeyens (2002).  

c. Cation exchange half-reactions from Parkhurst and Appelo (2013). 
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Table 6-7: Hydrolysis reaction of minerals (equilibrium constants are at 25 ̊C; Parkhurst 

and Appelo, 2013). 

Mineral 

name 
Geochemical reactions Log K 

Calcite 
2 2

3 3CaCO CO Ca  
 -8.48a 

Quartz 2 2 4 42SiO H O H SiO 
 -3.98a 

Na-Smectite 
 0.34 0.34 1.66 4 10 2

2 3

4 4 20.34 0.34 1.66 6 4 4

Na Mg Al Si O OH

Mg Na Al H H SiO H O   



    
 

3.30b 

Na-Illite 

     

 

0.044 0.762 3.387 0.613 1.427 0.292 0.084 0.241 10 2

2 3 2

3

4 4 2

0.241 0.762 0.044 0.292 0.084

2.040 8.452 3.387 1.548

Na K Si Al Al Fe Fe Mg O OH

Mg K Na Fe Fe

Al H H SiO H O

    

 



   

   
 

11.54b 

a. From phreeqc.dat geochemical database  

b. From sit.dat geochemical database  

 

We investigate water-rock interaction on Barnett, Eagle Ford, and Marcellus shale 

samples with mineral composition summarized in Table 6-8. Barnett is a clay-rich shale 

with 55% clay, Eagle Ford is a calcite-rich shale with 62% calcite, and Marcellus contains 

34% calcite and 25% clay. To the best of our knowledge, the exact composition of clay 

types has not been reported for these shale samples. Therefore, we run the simulations for 

two datasets: 1. with illite as the major clay constituent; 2. with smectite as the major clay 

constituent.  

The changes in EDLWI, ion concentration, and composition of EDL are monitored 

during fresh water injection. Figure 6-15 shows EDLWI history at the center of the model 

when smectite and illite present in the shale samples. According to this figure, regardless 

of rock mineralogy, as fresh water is injected, more water diffuses into the EDL to 

compensate the surface charge of the clay mineral. The water diffusion and the subsequent 

EDL expansion lead to clay swelling. It is observed that the increase in EDLWI as a result 

of fresh water injection is significantly higher in smectite. Because smectite hosts water in 
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its interlayer sites and has a very high CEC, while illite is a non-swelling clay with lower 

specific surface area and CEC. The small increase in EDLWI in illite is only due to the 

adsorption of water on the external surface of clay. Moreover, the maximum EDL 

expansion (clay swelling) is observed in Barnett as a clay-rich rock. However, Eagle Ford 

shows the minimum damage due to the following reasons. First, less amount of clay present 

in Eagle Ford compared to Barnett and Marcellus. Second, dissolution of the calcite in 

water results in an increase in calcium concentration which will adsorb to the EDL and 

therefore less water is needed to compensate for the negative charge of the clay in EDL. 

 

Table 6-8: Mineral content of three shale samples 

Shale Play 
Calcite 

(wt%) 

Quartz 

(wt%) 

Clay 

(wt%) 

Other minerals 

(wt%) 

Barnetta 3 33 55 9 

Eagle Forda 62 24 12 2 

Marcellusb 34 28 25 13 

a. Data from Zhang et al. (2016)  

b. Data from Ali and Hascakir (2015) 
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Figure 6-15: History of EDLWI at the center of the model for three rock types when illite 

(Dashed lines) or smectite (Solid line) are present as the clay mineral. 

The EDL expansion depends on the amount of initial exchangeable cations in the 

interlayer and the ionic strength of the solution in equilibrium with shale. Electrostatic 

double layer is a function of Debye length, a characteristic of the EDL. According to the 

definition of Debye length which was shown in Eq. (2.42), at constant temperature, the 

Debye length is only a function of ionic strength (Parkhurst and Appelo, 2013; Binazadeh 

et al., 2016). Figure 6-16 presents the change in EDLWI as a function of ionic strength at 

the center of the model for Barnett, when smectite presents as the only clay type in the 

rock. As the ionic strength of the solution decreases, EDL thickness increases. Moreover, 

this increase is substantial when ionic strength is very low and below 10 mM.  
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Figure 6-16: EDLWI as a function of solution ionic strength (I). 

The variation of Ca+2 concentration in the EDL and EDLWI as a function of 

injection pore volume at the center of the model are presented in Figure 6-17. It is observed 

that as fresh water is injected, cations will desorb from the surface and from the EDL. Thus, 

water diffuses into the EDL which results in a considerable clay swelling after one pore 

volume of injection. In addition to ionic strength, the ratio of monovalent/divalent cations 

can affect the swelling behavior. It has been shown that cations with high valance have 

more adsorption tendency toward the surface compared to the low valance cations (Young 

and Smith, 2000; Chavez-Paez et al., 2001; Anderson et al., 2010). One of the experimental 

investigations of this problem was performed by Zhou et al. (1999). The results of this 

study indicated that the ability of Ca2+ to inhibit swelling depends on Na+ concentration in 

the solution. While at low Na+ concentrations, a small amount of Ca+2 limits the clay 

swelling, at higher Na+ concentration larger amount of Ca+2 concentration is needed to 



 368 

control clay swelling. However as presented in many studies concentrated KCl solutions 

are better clay swelling inhibitors than CaCl2 solutions. This is because K+ ions are largely 

un-hydrated and fit clay surface better than hydrated Ca2+ ions. 

 

 

Figure 6-17: History of water and Calcium in the double diffusive layer at the center of the 

model. 

Figure 6-18 illustrates the effect of clay composition on water diffusion into the 

EDL in Barnett. Different mixtures of illite and smectite clays tare considered and EDL 

expansion at the center of the model is studied as fresh water is injected. The simulated 

mixtures are: (a) 80% smectite and 20% illite (S80-I20), (b) 60% smectite and 40% illite 

(S60-I40), (c) 40% smectite and 60% illite (S40-I60), (d) 20% smectite and 80% illite (S20-

I80), and (e) 100% illite (S0-I100). It is observed that EDL expansion and thus subsequent 

clay swelling are strong functions of clay composition (the amount of the swelling clay 

present in the rock). As the ratio of smectite to illite increases, a significantly higher 
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EDLWI is observed. This is mainly due to higher CEC and higher specific surface area 

(i.e. higher tendency for the rock to retain cations). 

 

 

Figure 6-18: EDL extent for illite and smectite mixtures in Barnett shale sample. 

To investigate the effect of injected water salinity on the EDLWI, brines with 

various NaCl concentrations (between 0-1500 ppm) are injected. In each shale sample, clay 

consists of 50% illite and 50% smectite. Based on the results (Figure 6-19), a higher 

EDLWI is observed at lower injected fluid salinities. However, the sensitivity of EDLWI 

is lower at higher values of injected fluid salinities. This behavior is a function of rock type 

and the clay content of the rock. For instance, in Barnett sample, the EDLWI is more 

sensitive to the salinity at lower values (higher EDLWI gradient) compared to the 

Marcellus and Eagle Ford shale samples. Thus, a different level of conductivity damage is 

expected in these shale samples after clay swelling. 
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Figure 6-19: EDLWI history at the center of the model as a function of injected water 

salinity after 2 PV of injection. 

6.2.3.2 3D Complex Fracture Model 

The clay swelling induced conductivity damage can adversely affect the production 

performance of the hydraulic fracture network. Using UTCOMP-IPhreeqc, a 3D reactive-

transport simulator, we investigate the production loss due to clay swelling in three 

synthetic simulation examples, representing Barnett, Eagle Ford, and Marcellus shales. To 

model the rock-fluid interactions, different shale mineralogies are considered in each case. 

The shale mineralogy data for each formation are the same as the numbers given in Table 

6-8 and they are obtained from the literature.  

To build the simulation models for the Barnett, Eagle Ford, and Marcellus shales, 

some representative reservoir properties are used from Yu and Sepehrnoori (2014). These 

properties are summarized in Table 6-9. The initial fracture conductivity is assumed to be 

10 md-ft in all the case studies. After the clay swelling damage, however, different 
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conductivities are derived. Based on the composition of the reservoir shale, and the 

interactions with fracturing fluid, different amount of conductivity damage is measured in 

each formation. The impact of such damage is then measured on the cumulative gas 

production after 1000 days. The final value of damaged conductivity for each formation is 

also given in Table 6-9. These conductivities are measured from the EDLWI parameter 

calculated in each timestep, and they represent the maximum reduction in fracture aperture 

in these examples (i.e. when fresh water is injected). 

The hydraulic fracture network used in the simulations is derived from the 

microseismic data. The fracture network matches the cloud of microseismic events 

recorded during the hydraulic fracturing of a vertical well (Fisher et al., 2004). This 

complex fracture network is then modeled in the reservoir simulator using the Embedded 

Discrete Fracture Model (EDFM). The EDFM provides an efficient and robust 

methodology for simple representation of complex hydraulic fracture networks inside a 

structured reservoir grid. A detailed description of this approach is given in Shakiba and 

Sepehrnoori (2015), and Cavalcante Filho et al. (2015). Figure 6-20 shows the fracture 

network generated with EDFM. All the fractures in each case study are assumed to have 

equal conductivity. 
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Table 6-9: Reservoir characteristics for the heterogeneous 3D field case study. 

Parameter Barnett Eagle Ford Marcellus 

No. of gridblocks 
6400 

(80×80×1) 

6400 

(80×80×1) 

6400 

(80×80×1) 

Δx (ft) 56.25  56.25  56.25  

Δy (ft) 56.25  56.25  56.25  

Δz (ft) 200.0  200.0  200.0  

Rock permeability (md) 0.0001  0.0005  0.00005  

Porosity 0.06 0.06 0.10 

Rock compressibility (psi-1)  3.0×10-6 3.0×10-6 1.0×10-6 

Initial gas saturation (%) 70.0  70.0  70.0 

Reservoir temperature (oF) 180.0  220.0  300.0  

Initial pressure (psi) 3800.0 4000.0 8000.0  

Reservoir depth (ft) 7000.0 7000.0  9000.0  

Well Bottom-hole pressure (psi) 1000  500  1500 

Fracture conductivity – No 

damage (md-ft) 
10  10 10 

Fracture conductivity – With 

damage* (md-ft) 
2.31  7.20 5.48 

Initial EDLWI 0.055 0.012 0.026 

*The average conductivity over the entire fracture network after fracturing fluid injection.  
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Figure 6-20: The hydraulic fracture network generated by EDFM. This fracture network is 

used in the reservoir simulations. 

Figure 6-21 shows the cumulative gas production for the synthetic examples of 

Barnett, Eagle Ford, and Marcellus shales after 1000 days. The solid lines represent the 

production performance of intact hydraulic fractures while the dashed lines represent the 

performance of damaged hydraulic fractures due to clay swelling. As it was expected, a 

significant portion of production is lost due to clay swelling and the reduction of fracture 

aperture. This loss, however, varies in each formation. The cumulative production is 

reduced to 38.3%, 82.3%, and 67.9% of the production in undamaged examples in Barnett, 

Eagle Ford, and Marcellus, respectively. These numbers are approximately equal to the 

reductions in permeability of hydraulic fractures after swelling (i.e. equal to the square of 

the ratio of apertures before and after clay swelling). In fact, in a very low permeability 

reservoir, almost all the gas production reaches the well through hydraulic fracture 

network. So, any reduction in aperture and permeability (conductivity) of hydraulic 

fractures has a significant impact on the performance of the fracture network and results in 

the same amount of reduction in the cumulative gas production.  
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Figure 6-22 illustrates the pressure depletion profiles in the simulation examples. 

A substantial decrease in the extent of depletion zone is observed in the Barnett shale when 

clay swelling is considered. Due to the reduction in the conductivity of hydraulic fractures, 

the gas produces only from the zone close to the producing well, and the fractures far from 

the well have negligible contribution. However, in the Eagle Ford and Marcellus examples, 

pressure depletion is observed near all the fractures even after clay swelling. Based on the 

simulation results, the impact of clay swelling on the performance of the hydraulic fracture 

network is a function of clay-water physicochemical interactions as well as the properties 

of the shale formation. 

 

 

Figure 6-21: Cumulative gas production for the synthetic simulation examples with and 

without clay swelling induced conductivity damage. 
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No conductivity damage  With conductivity damage 

 

 
psi  

(a) Barnett 

 

 
psi  

(b) Eagle Ford 

 

 
psi  

(c) Marcellus 

Figure 6-22: Pressure depletion profiles for the synthetic simulation examples with no 

conductivity damage (left column) and with clay swelling conductivity 

damage (right column). 
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6.3 STUDY OF SCALE FORMATION DURING HYDRAULIC FRACTURING 

6.3.1 Background 

During the HFF injection and shut-in period, the formation minerals and organic 

constituents interact with the fracturing fluid and create a water with high concentration of 

salts, metals, and soluble organic compounds (Gregory et al., 2011). Following a hydraulic 

fracturing job, large volumes of water with high concentration of total dissolved solids 

(TDS) is produced. The TDS of the produced water (i.e. flowback water) can be 5 times 

higher than that of a seawater (Gregory et al., 2011). Over the past few years, with the 

increase in hydrocarbon production from unconventional reservoirs, the amount of 

produced water, consisting of HFF and the shale formation water has also been increased. 

In addition, the disposal of wastewater with high TDS concentration has become 

challenging due to the high cost of transportation, limitation of water processing units, and 

unavailability of the deep-well injection sites. The process of dilution, desalination, and 

reinjection of the produced water as HFF is considered to be one of the practical solutions 

to this problem (Maloney et al., 2012; Lutz et al., 2013; Shaffer et al., 2013). In fact, 

reusing of flowback water for hydraulic fracturing is a viable option in the oil industry as 

it reduces the required water, and consequently, cuts the waste water management cost 

(Barbot et al., 2013). 

Nevertheless, the application of the produced water in hydraulic fracturing creates 

the risk of formation damage due to scale formation and makes the operation more 

challenging. If left untreated, the performance of the reservoir would be negatively affected 

through reduction of porosity and permeability, and more importantly, reduction in fracture 

conductivity. Due to the potential economic loss by scale formation, from production loss 



 377 

to the need for remedial treatments, it is necessary to evaluate the risk of scale formation 

and prepare in advance for prevention jobs. 

Mixing of the formation water with reused production water with high 

concentration of calcium, barium, strontium, and sulfate can significantly increases the 

potential of scale formation. Although scale inhibitors and antiscalants are used in 

fracturing fluid to prevent scale formation, several experiments have shown that scale 

inhibitors are unlikely to prevent scale formation (Aminto and Olson, 2012; Orem et al., 

2014; He and Vidic, 2016). Moreover, the HFF can react with the shale formation and 

result in mineral precipitation and dissolution (Pan and Yilin, 2017).  

There are several unconventional fields in the United States that reported 

geochemical scale formation such as calcium carbonate, calcium sulfate, strontium sulfate, 

barium sulfate, iron sulfide, and zinc sulfide. For instance, scale formation in the Permian 

Basin has been a typical problem with super-saturation of minerals such as CaCO3, 

MgCO3, and MnCO3 (Thiel and Lienhard, 2014). Balashov et al. (2015) reported that 

Marcellus wells produce around 500-1,000 tons of salt during water flowback before gas 

production starts. Cenegy et al. (2013) reported that 22 out of 150 Bakken wells in North 

Dakota have experienced at least one event of severe calcium carbonate formation in the 

pumps and production tubing, which results in wellbore failure. Their analysis showed that 

82% of the well failure occurs during early production time. They defined early production 

time as the time with water production of less than 20,000 bbls and 2 years of production 

since the start of oil production. These observations can be explained by the fact that 

interaction of the HFF fluid with the formation water and shale minerals becomes 

problematic at early stage of production and during water flowback production. 

We use UTCOMP-IPhreeqc to study the scale formation due to HFF injection into 

unconventional reservoir. As detailed in previous sections, the simulator takes into account 
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the porosity change due to mineral precipitation and dissolution, and the subsequent effect 

on fracture aperture and conductivity.  

6.3.2 Methodology 

6.3.2.1 Modification of Reservoir Petrophysical Properties 

We modify porosity and permeability as a result of mineral 

dissolution/precipitation using Eqs. (6.1) and (6.2). To include the effect of scale formation 

on fracture conductivity, the fracture aperture is updated based on the volume of mineral 

precipitation, fracture length, and fracture height as shown below: 

 

deposited scalenew old

f f

frac frac

V
w w

h Length
 


, (6.8) 

 

where fw  is the fracture aperture. As a result, the permeability of the fracture is updated 

at each timestep using Eq. (6.7). Similar to clay swelling study, modification of the 

porosity, permeability, and fracture conductivity makes it possible to investigate the effect 

of HFF/formation water/formation rock interactions on mineral precipitation/dissolution 

and consequent effect on the conductivity of hydraulic fractures and production 

performance. 

6.3.2.1 Kinetics 

There are two main approaches to model mineral geochemical reactions: The Local 

Equilibrium Approach (LEA) and the kinetic approach. A system is said to be at local 

equilibrium where the reaction occur instantaneously and the time dependency of the 

reactions are neglected. However, in kinetic approach, the reactions are time dependent 

and might not reach to equilibrium within the timesteps of the simulation. Some mineral 
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precipitation/dissolution reactions are slow reactions and considering local equilibrium 

assumption might result in erroneous calculations. The kinetics of the mineral reactions 

depend on the reaction rate, the surface area of the rock, and the resident time which is 

inversely proportional to the injection rate. 

We use kinetics to evaluate the effect of considering kinetic approach on 

dissolution/precipitation of minerals and compare the results with LEA. 

Kinetic reaction rate for mineral dissolution/precipitation in PHREEQC is defined 

as 
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In the above equations, im  is the molality of the constituting aqueous species I; 
,i kc is the 

stoichiometry coefficient of the aqueous species in mineral k; and Rk is the overall kinetic 

rate of the mineral. rk is the specific rate (mol/m2/s); A0 is the initial surface area of the 

solid (m2); V is the amount of solution (kgw); m0k is the initial moles of solid; mk is the 

moles of solid at a given time; and (mk/m0k)
n is a factor to account for changes in A0/V 

during dissolution. n is the exponent that defines the shape of dissolution. For instance, a 

value of 2/3 is used for uniform dissolution of spheres and cubes.  

For instance for calcite, the overall reaction rate of precipitation/dissolution is 

determined based on the Plummer et al. (1978) expression: 
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    2

1 2 2 3 2 4 3calciter k H k CO aq k H O k Ca HCO                  , (6.11) 

where the parameters in bracket (i.e. H+, H2O, Ca+2, HCO3
-) are the activities and k1, k2, 

and k3 are temperature dependent parameters. The rate in Eq. (6.11) includes a forward rate 

(the first three terms) and a backward rate (the last term). Hence, it can be applied to both 

dissolution and precipitation. The k4 coefficient in the backward rate term depends on the 

solution composition. 

In a pure calcite-water system with fixed PCO2, the overall reaction rate for calcite 

can be approximated by 
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. (6.12) 

 

Similarly, kinetic reactions can be defined for other minerals. 

EQUILIBRIUM_PHASES is used in PHREEQC to model LEA reactions, while 

KINETICS keyword is used to consider the corresponding mineral to kinetically react in 

the simulation. To consider kinetics in UTCOMP-IPhreeqc we include the mineral 

reactions with this keyword. Additionally, we define a time for the geochemical simulator 

to solve the mineral kinetics ordinary differential equations (ODE). Hence, we use the 

transport timestep, which is calculated based on the relative change of components 

concentrations, and accumulate it in the RUN_CELLS of IPhreeqc for further calculation. 
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 6.3.3 Case Studies 

6.3.3.1 Case 1: Mineral Dissolution/Precipitation in Shale Gas Coreflood 

We use the coreflood data of a shale gas reservoir by Paukert Vankeuren et al. 

(2017) to perform our simulation study. Paukert Vankeuren et al. (2017) injected synthetic 

HFF into a Marcellus shale core samples for 7 days. The core sample was taken from the 

depth of 6,600 ft with a temperature of 150 °F and pressure of 2,900 psi. The mineralogy 

of the core sample is presented in Table 6-10. The injection flow rate was set to the 

minimum value possible (0.04 mL/min) to simulate the shut-in period after HFF injection. 

As a result, the residence time of fluid in the experiments was estimated to be 100 minutes. 

Table 6-11 presents the composition of the injected HFF. The water composition represents 

the composition of HFF in the field which was prepared by diluting the produced water 

from a Marcellus shale well. The HFF also contains HCl which is usually injected before 

hydraulic fracturing to clean the perforations and to make it easier for HFF to access the 

shale formation. The HFF composition in Table 6-11 assumes no acid consumption prior 

to hydraulic fracturing with approximate pH value of 2. The effluents were measured after 

2 and 7 days. Moreover, SEM analysis and X-ray CT analysis were performed on the shale 

fractured face and the 38mm length of the core inlet, respectively, before and after the 

experiments to analyze mineral dissolution/precipitation (Paukert Vankeuren et al., 2017). 

Figure 6-23 presents the result of X-ray CT imaging of the inlet 38 mm of shale 

parallel to flow and shale surface near fluid inlet (Paukert Vankeuren et al., 2017). 

According to this figure, extensive dissolution of calcite and precipitation of barite occurs 

around the inlet. The bright, dense mineral in the inner surface of the fracture from inlet 

belongs to barite precipitation. The darker, less dense rim between the barite and unaltered 

shale formation shows calcite dissolution. 
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Table 6-10: Marcellus shale rock composition (Paukert Vankeuren et al., 2017). 

Mineral wt% 

illite 32.5 

illite-smectite 7 

chlorite 7 

Calcite 23.3 

quartz 18.6 

pyrite 4.6 

organic content 7 

Table 6-11: Fluid chemistry of the injected water in the experiments with ion 

concentrations in unit of mmol/L (Paukert Vankeuren et al., 2017). 

Fluid ID PWF 

pH 2 

EC mS/cm 47.54 

Acidity mmol C/l 11.85 

Alkalinity mmol C/l N/A 

B 0.77 

Ba2+ 1.64 

Ca2+ 48.01 

Fe2+ 0.013 

K+ 5.94 

Mg2+ 8.71 

Na+ 274.9 

NH4
+ 4.79 

SiO2 0.06 

Sr2+ 5.14 

Br- 1.76 

Cl- 452.6 

F- 0.011 

NO3
- <0.005 

PO4
3- 7.10E-03 

SO4
2- 0.5 
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(a) 

 

(b) 

Figure 6-23: X-ray CT of the (a) inlet 38 mm of shale parallel to flow (b) shale 

perpendicular to flow near the fluid inlet (Paukert Vankeuren et al., 2017). 

To model dissolution/precipitation process in the core flood, we design a 2D 

reservoir model to model the reactive-transport process in a fractured segment. The 

properties of the reservoir model are presented in Table 6-12. It is worth mentioning that 

the gridblock size of the coreflood was scaled up to prevent numerical error caused by 

(specified) mass-balance error and system precision. The reservoir and fracture 

permeability are assumed to be 1 µD and 100 md, respectively. Moreover, the permeability 

is logarithmically reduced from the fracture gridblocks into the matrix (i.e. y-direction) to 
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mimic the permeability variation from hydraulic fracture to intact matrix region. In fact, it 

is assumed that micro-fractures are created close to the hydraulic fractures.  

Figure 6-24 presents the schematic permeability map of the reservoir model. It is 

assumed that HFF is injected in the fracture gridblock with injection rate of 3 bbl/day. The 

reservoir pressure is 2,900 psi and the pressure at the outlet boundary is 2,899 psi. We 

perform simulation studies using both LEA and kinetic approaches and compare the results.  

 

Table 6-12: Characteristics of the designed 2D model in for analysis of geochemical 

reactions in Case 1. 

Parameter Value (Unit) 

No. of gridblocks 3800 (38×100×1) 

Δx 1.0 (ft) 

Δy 0.38 (ft) 

Δz 1.0 (ft) 

Reservoir 

permeability 

x-direction 0.001 (mD) 

y-direction 0.001 (mD) 

Reservoir porosity 0.1 

Fracture permeability   100.0 (mD) 

Fracture porosity 0.98 

Reservoir temperature  150.0 (oF) 

Initial reservoir pressure  2900.0 (psi) 

Producer bottom-hole pressure 2899 (psi) 

Water viscosity  0.79 (cp) 

Well injection rate 3 (bbls/day) 
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Figure 6-24: Schematic permeability map of the synthetic model. 

Figure 6-25 presents the measured concentration of the aqueous species and pH 

after 2 and 7 days. The measured values are compared with the history of ion 

concentration/pH obtained from the simulation. The concentrations of barium and sulfate 

in the effluent is lower than the injected HFF, which suggests barite precipitation from the 

fluid without even interacting with the shale. On the other hand, calcite concentration 

increases relative to the HFF, which indicates calcite dissolution in the core. The decrease 

in pH again confirms the idea of carbonate minerals dissolution in the core. According to 

this figure, very good agreement is observed between the simulation results with the 

experimental core flood data except for pH at day 2. If we assume the pH is equal to 4.6 

after 2 days, it means that a fraction of acid has not been reacted with the calcite before 

breakthrough occurs, and consequently, the concentration of calcium in the effluent should 

be relatively low. However, the calcium concentration after 2 days is close to the maximum 

value (plateau) which shows that acid is being consumed. Therefore, we expect that 

uncertainty exists for the pH measurement on day 2. 
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(a) 

 

(b) 

 

  
(c) (d) 

Figure 6-25: ion concentration and pH variation in the effluent over the experiments period 

for (a) barium concentration, (b) sulfate concentration, (c) calcium 

concentration, and (d) pH of the solution (Paukert Vankeuren et al., 2017). 

Curves show simulation results and dots indicate measured values. Red dots 

indicate the injected HFF ion concentration/pH. 

Figure 6-26 presents the profile of calcite dissolution in the simulated model 

assuming (a) local equilibrium condition, (b) kinetic condition. The results show calcite 

dissolution near the core inlet, which is in agreement with the X-ray and CT imaging. The 

results also suggest that kinetic reaction reduces the amount of calcite dissolution near the 

core inlet since all HCl would not be consumed near the inlet. As a result, the penetration 
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depth of HCl increases which increases the acid exposure to fracture surface area, and 

consequently, calcite dissolution.  

Figure 6-27 also presents the profile of barite precipitation in the reservoir assuming 

(a) local equilibrium condition, (b) kinetic conditions. As shown, barite precipitates from 

the HFF around the injection well, which is again consistent with X-ray CT and SEM 

analysis that showed barite formation from the inlet to a distance of about 3mm down the 

core. Similar to the profile of calcite dissolution, kinetics acts similar to the dispersion 

mechanism which result in more dispersed form of barite formation around the inlet (i.e. 

injection well). Since reaction rate is considered in chemical kinetics, less barite would 

form close to the inlet and more barium and sulfate are transported further into the porous 

medium. 
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(a) 

 

 
(b) 

Figure 6-26: Profile of changes in calcite concentrations in mole assuming (a) local 

equilibrium, (b) kinetic condition. The negative value indicates mineral 

dissolution. 
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(a) 

 

 
(b) 

Figure 6-27: Profile of changes in Barite concentrations in mole assuming (a) local 

equilibrium, (b) kinetic condition. The negative value indicates mineral 

dissolution. 
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6.3.3.2 Case 2: Mineral Dissolution/Precipitation in a Hydraulically Fractured Shale 

Gas Reservoir 

The mineral reactions with HFF in unconventional reservoirs are expected to be 

similar to the previous coreflood study (i.e. carbonate mineral dissolution and barite 

precipitation). Therefore, to evaluate the effect of calcite dissolution and barite 

precipitation on gas production, we designed a synthetic reservoir model with a single 

fracture stage, representative of Marcellus shale. The shale mineralogy is assumed to be 

similar to the previous case (Table 6-10). In addition, the shale is in equilibrium with high 

salinity produced brine sample of Marcellus, with the composition shown in Table 6-13. 

In fact, the water composition presented in this table is equilibrated with the rock at 

reservoir condition to obtain formation brine composition.  

Table 6-13: Composition of a Marcellus sample produced brine (Thiel and Lienhard, 

2014). 

Ions Concentration (ppm) 

Br- 1,678 

Ba2+ 8,923 

Ca2+ 13,875 

Cl- 115,194 

Li+ 369 

Mg2+ 1,216 

Mn2+ 4 

Na+ 46,695 

SO4
2- 26 

Sr2+ 4,064 

TDS 192,044 
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The properties of synthetic reservoir model are presented in Table 6-14. The 

fracture half-length and fracture height are considered to be 300 ft and 50 ft, respectively. 

The two-dimensional simulated segment is homogenous with the size of 600 ft × 1000 ft × 

50 ft. The wellbore is extended in x-direction and the fractures are extended in y-direction. 

The reservoir is at a depth of 7,000 ft with an initial reservoir pressure of 3,800 psi and 

temperature of 200 °F. The initial water saturation is 30%. The reservoir fluid composition 

is assumed to be pure methane. The gas desorption is also neglected in this case study. 

The hydraulic fracture is generated using EDFM with fracture properties described 

in Table 6-14.  During the hydraulic fracturing, HFF is assumed to be injected with constant 

rate of 300 bbl/day for thirteen days. Then, the well starts to produce with constant bottom-

hole pressure of 2,000 psi for 1000 days. The HFF ion composition is assumed to be similar 

to the previous case study. However, the pH of the solution varies over time. Since acid 

injection or acid pack is mainly done at the beginning of hydraulic fracturing job to clean 

the perforations, we assume that the pH of the HFF is equal to 2 for 0.05 day and then it 

changes to 7 for 13 days.  
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Table 6-14: Reservoir characteristics of the hydraulically fractured shale gas reservoir. 

Parameter Value (Unit) 

No. of gridblocks 6000 (60×100×1) 

Δx 10.0 (ft) 

Δy 10.0 (ft) 

Δz 50.0 (ft) 

Reservoir 

permeability 

x-direction 0.001 (mD) 

y-direction 0.001 (mD) 

Reservoir porosity 0.06 

Depth 7000 (ft) 

Fracture permeability   1000.0 (mD) 

Fracture width  0.01 (ft) 

Fracture half-length  300 (ft) 

Reservoir temperature  200.0 (oF) 

Initial reservoir pressure  3800.0 (psi) 

Bottom-hole pressure 2000 (psi) 

Well injection rate 3 (bbls/day) 

 

Figure 6-28 presents the pressure profile in the matrix gridblocks after 13 days of 

HFF injection and 1,000 days of gas production. As can be seen, the pressure has increased 

in the matrix gridblock around the fracture. This increase is more pronounced close to the 

wellbore where the pressure reaches 7,500 psi. Figure 6-29 shows water saturation profiles 

at the end of HFF injection and 1,000 days of production, respectively. As can be seen, the 

water has penetrated into the matrix gridblocks around the hydraulic fracture during HFF 

injection. This figure also illustrate that the interaction of the HFF with formation 
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brine/mineral is negligible in the matrix far from the fractures, and hence, most plugging 

and productivity loss occurs within the vicinity of the hydraulic fracture. The water 

saturation profile after 1,000 days also shows that a large portion of the HFF is trapped in 

the shale matrix around the fracture. This observation is in agreement with field reports 

that about 15-25% of the HFF, which is pumped into the formation, will be produced back 

(Thiel and Lienhard, 2014). 

 

  

(a) (b) 

Figure 6-28: Pressure profile for the matrix gridblocks after (a) 13 days of HFF injection 

(b) 1,000 days of production. 

  

(a) (b) 

Figure 6-29: Water saturation profile for the simulated reservoir segment after (a) 13 days 

of HFF injection (b) 1,000 days of production. 
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Figures 6-30(a) and 6-30(b) show profiles of pH propagation in the fracture after 

0.05 and 13 days of HHF injection, respectively. As the HFF with acid (pH=2) is 

introduced into the formation through the fracture, it starts to react with the formation 

mineral (i.e. calcite). As the HFF reacts with calcite and acid is being consumed, the pH of 

the HFF starts to increase as it moves toward the fracture tip. After 0.05 days, the acid is 

removed from the HFF. Therefore, the pH starts to increase to the initial value of 7. 

Therefore, the HFF with low pH that existed in the fracture would pushed toward the 

fracture tip and some minor calcite dissolution occurs around the fracture tip.  

Figure 6-30(c) shows the amount of calcite dissolution after 13 days in the matrix 

around the fracture. According to this figure, most of calcite dissolution occurred in the 

vicinity of the perforations and only minor dissolution is observed around the fracture tip. 

In fact, calcite dissolution occurs mainly at the early time of hydraulic fracturing where 

acid is added to the HFF. Figure 6-30(d) shows the profile of barite precipitation in the 

fracture. As shown, barite starts to precipitate mainly around the fracture inlet. Due to the 

precipitation of barite around the fracture inlet, the concentrations of barium and sulfate 

decreases, which results in negative saturation index for barite, as the HFF penetrates into 

the matrix gridblocks around the fracture or as it moves toward the fracture tip. To 

determine the overall effect of geochemical reactions on fracture conductivity, it is 

necessary to compare the amount of calcite dissolution and barite precipitation in the 

fracture and matrix gridblocks. Figures 6-30(c) and 6-30(d) illustrate that barite 

precipitation is more dominant compared to the calcite dissolution, which eventually 

reduces the fracture conductivity. 

Figure 6-31 shows the final fracture aperture by including the effect of barite 

precipitation/calcite dissolution as a result of HFF/formation brine/formation rock 

interaction. The aperture mainly damaged around the fracture inlet where most of barite 
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precipitation occurred. Since the barium and sulfate mainly came from the HFF in this case, 

the amount of precipitation is dependent on the amount of HFF injection. Therefore, it is 

possible to prevent barite formation by reducing the concentration of Ba+2 in reused 

proudced water. 

 

 

(a) pH propogation after 0.05 days 

 

(b) pH propagation after 13 days 

 

(c) Calcite dissolution after 13 days 

Figure 6-30. 
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(d) Barite precipitation after 13 days 

Figure 6-30: Profile of (a) pH distribution in the fracture after 0.05 days HFF injection 

containing the acid, (b) pH distribution in the fracture after 13 days of HFF 

injection, (c) calcite dissolution in the matrix gridblocks adjacent to the 

fracture, and (d) barite precipitation in the fracture. 

 

 

 

Figure 6-31: Fracture aperture map after 13 days of HFF injection. 

Finally, Figure 6-32 presents the cumulative gas production for the simulated 

reservoir segment over 1,000 days of production. The cumulative gas production is nearly 

2.5% lower as a result of geochemical scale formation, and consequent damage to fracture 

conductivity. 
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Figure 6-32: Cumulative gas production with and without considering geochemical 

reactions, and consequent scale deposition.  
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Chapter 7: Conclusions and Recommendations for Future Research 

The objective of this chapter is to present summary and conclusions of this 

dissertation and propose new courses of research for continuation of this work. 

7.1 SUMMARY AND CONCLUSIONS 

In the following, we present summary and conclusions of this research study: 

 We developed a geochemistry model based on the DLVO theory and the SCM 

to study low salinity water injection at different length-scales. At each step of 

the development, the results were compared with experimental data to validate 

the model. The model can be used for different oil/brine/rock system regardless 

of type of minerals.  

 Contact angle calculations based on the DLVO theory and the augmented 

Young-Laplace equation can predict the dynamic trend of contact angle change 

during engineered waterflooding. 

 Zeta potential calculations based on the SCM can accurately predict the 

experimental data of oil/brine and brine/calcite zeta potential measurements.  

 The implemented SCM explains the effect of water chemistry, including 

alteration of ion concentrations and pH, on oil/brine and brine/calcite surface 

charges.   

 The underlying mechanism of low salinity waterflooding can be explained by 

the DLVO theory and the SCM: the change in surface charge and consequently 

contact angle as a result of changes in water chemistry leads to wettability 

alteration and incremental oil recovery. 
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 We applied the proposed model to investigate low salinity waterflooding in a 

synthetic large-scale carbonate reservoir. We observed 9% incremental oil 

recovery after 1 PV of secondary low salinity water injection.   

 We developed a procedure to include the effect of hydrocarbon component 

dissolution in the aqueous phase on aqueous/rock geochemistry using modified 

PR-EOS.  

 We examined the effect of CO2 dissolution in the aqueous phase on 

oil/brine/rock surface interactions and mechanisms of low salinity 

waterflooding. We further compared the performance of modified PR-EOS 

with Henry’s law method assuming calcite dissolution and changes in surface 

charges as the main mechanisms.  

 For the cases presented in Chapter 3, when change in surface charges is the 

main mechanism, CO2 dissolution in the aqueous phase did not influence oil 

recovery. On the other hand, considering CO2 dissolution in the aqueous phase 

impacted incremental oil recovery and low salinity performance, when calcite 

dissolution is assumed as the main mechanism. Moreover, using Henry’s law 

yielded similar results to modified PR-EOS method.  

 Large-scale reservoir study revealed that when CO2 dissolution in the aqueous 

phase is ignored, calcite dissolution only occurred near the injector. When the 

effect of CO2 dissolution in the aqueous phase is considered, in addition to 

significant dissolution near the injector, calcite dissolution occurred throughout 

the swept region to a lesser extent.  

 We used a new approach to model CWI and understand the underlying 

mechanism of this process. The results of the CWI study highlighted the 

importance of geochemical reactions in modeling CWI process. We validated 
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our approach based on history matching at the backdrop of recently published 

corefloods in sandstone and carbonate cores. 

 We showed that, in a CWI process, prior to water breakthrough the main drive 

mechanism is displacement. But as more carbonated water is injected, CO2 

diffuses more into the trapped oil left behind, which results in oil swelling and 

subsequent oil viscosity reduction.  

 Reaction of carbonate minerals such as calcite with carbonated brine results in 

dissolution of the main rock matrix near the injector. This calcite dissolution 

results in wormhole generation rather than wettability alteration. 

 We implemented the geochemical modules of UTCOMP-IPhreeqc into a 

parallel reservoir simulator framework (UTCOMPP) to reduce the 

computational time of reactive-transport simulations through HPC. 

 We verified the results of fully parallel simulator and observed significant 

improvements in computational times compared to semi-parallel version of 

UTCOMP-IPhreeqc. The improvements become more significant as the 

number of processors increases.  

 We developed a new speedup scheme to reduce the computational time of 

geochemical calculations in reservoir simulations. We implemented the new 

speedup scheme in UTCOMP-IPhreeqc and verified the results. For the 

presented test cases, we observed a minimum of 50% improvements in reactive-

transport simulation run times. 

 We performed geochemical numerical study to investigate the possibility and 

severity of scale formation during ASP flooding in carbonates. Our simulations 

indicated that calcite and magnesium hydroxide are the major precipitants if 

hybrid alkali is used. Calcite and dolomite are major solid depositions if sodium 
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carbonated is used. Magnesium hydroxide and calcium hydroxide showed a 

higher tendency to precipitate when sodium hydroxide is used. 

 We designed a field-scale model in UTCHEM-IPhreeqc and illustrated that 

carbonate scales and to a lesser extent hydroxide scales formed only near the 

central producer as high pH fluid is propagated. Moreover, composition of the 

pre-flush brine significantly impacted the amount of scales formed near the 

producer. We observed that, even with divalent carbonate and magnesium 

hydroxide deposits in the reservoir, there is a negligible effect on formation 

permeability and porosity.  

 We studied clay swelling and scale formation due to hydraulic fracturing in 

unconventional reservoirs. We mechanistically modeled clay stability and 

measured its impact on transport properties of hydraulic fractures. We 

demonstrated that when significant amount of clay present in the rock, the clay 

swelling can adversely influence hydraulic fracture conductivity and ultimate 

recovery. We further examined the effect of mineral dissolution/precipitation 

on hydraulic fracture conductivity. We demonstrated that low pH and 

incompatible HFF caused calcite dissolution and barite precipitation. 

Subsequently, we investigated the production loss caused by geochemical 

reactions in a realistic shale gas reservoir. 

7.2 RECOMMENDATION FOR FUTURE RESEARCH  

In the following we present some unresolved issues that can be addressed in future 

research: 

 In Chapter 2, we hypothesized that changes in surface charges and contact angle 

are the undelaying mechanism of wettability alteration. We validated the 
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numerical results with the results of two carbonate and one sandstone 

coreflooding experiments. In Chapter 3, we indicated that, when the effect of 

CO2 dissolution in the aqueous phase is considered in addition to significant 

calcite dissolution near the injector, calcite dissolution occurs throughout the 

swept region. This calcite dissolution is much less in magnitude as compared to 

calcite dissolution near the injectors. The fact that this insignificant calcite 

dissolution can detach oil from the rock surface (as proposed by Hiorth et al., 

2010) to leave a water-wet surface requires further experimental/numerical 

investigations and can be addressed in a future study. 

 In this dissertation, low salinity water injection case studies were performed at 

constant temperature. We recommend a thorough investigation of temperature 

effect on equilibrium constants, surface potentials, contact angle, and 

mechanism of low salinity waterflooding. UTCOMP-IPhreeqc is a non-

isothermal simulator. Hence, pronounced effect of elevated temperatures (as 

proposed by several experimental studies) on the performance of low salinity 

waterflooding in carbonates should be investigated. 

 CO2 dissolution in the aqueous phase can significantly impact different 

reactive-transport processes. The same procedure used in Chapter 3 can be 

employed to study this effect on other processes such as: Acidizing, Water-

Alternate-Gas (WAG) injection, Surfactant-Alternate-Gas (SAG) injection, 

continuous gas injection, and CO2 sequestration. 

 Several recent studies have proposed fluid/fluid interactions as underlying 

mechanism of low salinity water injection. Increased pH and reduced IFT, 

increased interfacial viscoelasticity and formation of microemulsions, during 

low salinity waterflooding, may lead to increased oil recovery. Numerical 
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simulations can be carried out and compared with experimental observations to 

determine the effect of fluid/fluid interactions on engineered waterflooding 

process. 

 In development of the engineered waterflooding model, we assumed a flat 

homogeneous rock surface. However, reservoir rocks are heterogeneous and 

may contain several minerals. Using the developed surface complexation model 

and contact angle calculations might be erroneous in reservoir rocks. Hence, we 

recommend removing these assumptions to modify the developed model.    

 In this dissertation, our focus was on understanding the mechanism of CWI. 

Application of this process in a large-scale reservoir was briefly investigated. 

We recommend a comprehensive study of operational parameters and candidate 

selection for CWI process. 

 In Chapter 5, we implemented geochemical modules of UTCOMP-IPhreeqc in 

UTCOMPP framework to develop a fully reactive-transport simulator. 

UTCOMPP has two main limitations: 1. Domain decomposition is performed 

only in one direction; 2. reservoir models can be up to 3.2 million cells (Barrios 

Molano, 2017). Barrios Molano (2017) removed these limitations by 

developing a new parallel framework for UTCOMP. We propose implementing 

geochemical modules of UTCOMP-IPhreeqc in the new parallel framework to 

achieve enhanced efficiency and higher capability. 

 We showed that using developed speedup scheme significantly reduced CPU 

time. However, we showed that maintaining the accuracy is a function of 

predefined tolerance. A new procedure which does not rely on the user defined 

tolerance for various processes should be considered. 
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 We showed that there is no need for using significant number of processors 

when speedup scheme is used. This can vary from one problem to another 

depending on the location of the sources/sinks and how concentration changes 

occur in a reservoir. We speculate that the reallocation of processors during the 

simulation process can increase parallel efficiency when speedup scheme is 

used. This can be studied as a continuation of computational time improvements 

in reactive-transport simulation. 

 We carried out study of scale formation during ASP flooding in carbonates. 

However, studies have indicated that the reaction of alkali with quartz rock 

minerals and formation water increases the scaling-ions concentration and 

might lead to scale formation. The same procedure we followed in Chapter 6, 

can be employed to study possibility and severity of scale formation during ASP 

flooding in sandstones. 

 We pointed out that scale formation during ASP flooding had negligible effect 

on formation petrophysical properties. However, most of the scales formed near 

the production wellbore; this might increase chances of inorganic scale 

precipitations along the wellbore. Also, mineral precipitation can be escalated 

because of lower pressure and temperature in the wellbore. Hence, as a 

continuation of this work, we suggest a study of scale formation in the wellbore 

due to ASP flooding. 
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Appendices 

APPENDIX A: DETAILED UTCOMP-IPHREEQC ALGORITHM CONSIDERING FOUR-

PHASE FLASH CALCULATIONS 

This appendix provides detailed calculation flowchart of UTCOMP-IPhreeqc, 

considering the implemented four-phase flash calculations. The focus of the algorithm is 

on the coupling procedure of four-phase flash with geochemical calculations. It should be 

noted that the presented algorithm only considers the effect of CO2 dissolution in the water 

phase on aqueous/rock geochemistry. However, similar approach can be used to include 

the effect multiple hydrocarbon (e.g. CH4 and H2S) dissolution in the aqueous phase on 

geochemical reactions. 
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Figure A-1: UTCOMP-IPhreeqc algorithm including the effect of hydrocarbon 

components dissolution in the aqueous phase on the aqueous-rock 

geochemistry using four-phase flash calculations. 
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APPENDIX B: UTCOMP-IPHREEQC SAMPLE INPUT FILE WITH FOUR-PHASE FLASH 

CALCULATION 

This appendix provides the input file for Case study 3 of Chapter 3. This input file 

shows how water component is included in phase behavior calculation when four-phase 

flash option is used with geochemical calculation and wettability alteration modeling. 

 
CC*********************************************************************** 
CC                                                         * 
CC  BRIEF DESCRIPTION OF DATA SET:                           * 
CC                                                                      * 
CC*********************************************************************** 
CC                                                                      * 
CC                                                                      * 
CC                                                                      * 
CC LENGTH(FT): 1000               INJECTION FLUID  : WATERFLOOD         * 
CC HEIGHT(FT): 25                 INJECTION RATE   : 400                * 
CC WIDTH(FT) : 1000               W/O REL. PERM    : Corey              * 
CC POROSITY  : 0.20               G/O REL. PERM    : Corey              * 
CC ABS. PERM : 200                3-PHASE REL. PERM: Corey              * 
CC TEMP(F)   : 250                WETTIBILITY:       none               * 
CC PRE(PSI)  : 4000                                                     * 
CC                                                                      * 
CC                                                                      * 
CC                                                           * 
CC                                                                      * 
CC                                                                      * 
CC      RESERVOIR OIL IS "BSB" WEST TEXAS OIL                           * 
CC                                                                      * 
CC                                                                      * 
CC                                                                      * 
CC*********************************************************************** 
CC                                                                      * 
CC        HYDROCARBON DATA AND FLASH CALCULATION OPTIONS                * 
CC                                                                      * 
CC*********************************************************************** 
CC 
CC..+....1....+....2....+....3....+....4....+....5....+....6...+...7.. 
CC***********SOME CONSTANTS AND MAXIMUM VALUES FOR MODELS************** 
CC 
CC NXM, NYM, NZM, NPM, NCM, NWM POSTPROCESSOR 
   40  40   1    4     8    3   2  
CC 
CC NS1M,NBWM,NPRM,NPFM,NCTM,NHSM 
    1    401   5000    50   50   10000 
CC 
CC IC2,NCMT,NREG,NTAB 
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    2  6    6   25 
CC 
CC EE, NZPM 
   0.5761 3 
CC 
CC TOLP, TOLVOL, QLIM 
   0.5D-1 0.5D-4 1.0D-30 
CC 
CC NUMAX,INQUA,INCON,INVEL,NOSWTM,NUMPRE,NUMOUT,NUMPVT,NST,IFLIP 
    10     3     3     5     10     30     12     30    20   0 
CC********************************************************************* 
CC CASE NAME WITH FORMAT ( 17A4, A2 ) OF TOTAL 70 COLUMNS. 
*----HEADER 
1D CO2+NG INJECTION INVOLVING 3 HC PHASES 
CC 
CC NUMBER OF COMPONENTS. 
*--------NC 
        8 
CC COMPONENT NAMES WITH FORMAT ( 1X, A8 ), NC CARDS. 
CC..+..8 
*----NAME 
      CO2 
      C1 
      C2-3 
      C4-6 
      C7-15 
      C16-27 
      C28 
      H2O 
CC 
CC BLACK OIL OPTION; AQUIFER SALINITY (ppm); AQUIFER OPTION 
*-----IBOST     SLNTY    IAQUIF 
          0        0.         0 
CC CRITICAL PRESS. (PSI), TEMP. (R) AND  VOL. (CU FT/LB-MOLE), 
CC MOLECULAR WT. (LB/LB-MOLE), ACENTRIC FACTOR, PARACHOR. NC CARDS. 
*--------PC         TC          VC        MW         OM      PARACH     VSP  
        1069.87   547.56     1.506     44.01      0.2250     49.00       0.0 
         667.20   343.08     1.586     16.04      0.0080     71.00       0.0 
         652.56   619.57     2.902     37.20      0.1305     135.10      0.0 
        493.07    833.80     4.914     69.50      0.2404     228.60      0.0 
        315.44   1090.35     9.602     140.96     0.6177     415.37      0.0 
        239.90   1351.83     18.070    280.99     0.9566     752.48      0.0 
        238.12     1696.46     33.514    519.62     1.2683     1071.93     0.0 
        3197.792d0   1165.14d0   2.902d0   18.00      0.3440d0  135.10    0.19 
CC EOS parameters (Ac and Bc) 
CC NC CARDS. 
*----    PARAA           PARAB 
   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
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   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
   0.4572355289d0      0.07779607390d0 
CC 
CC BINARY INTERACTION COEFFICIENTS, CIJ. NC CARDS.  
*-----DELTA 
   0.0d0 
   0.055d0   0.d0 
   0.055d0   0.d0    0.d0 
   0.055d0   0.d0    0.d0    0.d0 
   0.105d0   0.d0    0.d0    0.d0    0.d0 
   0.105d0   0.d0    0.d0    0.d0    0.d0    0.d0 
   0.105d0   0.d0    0.d0    0.d0    0.d0    0.d0   0.d0 
   0.1896    0.4850  0.5000  0.5000  0.5000  0.5000 0.5000 0.0000 
CC  
CC BINARY INTERACTION COEFFICIENTS, DIJ. NC CARDS. 
*-------DIJ 
   0.00 
   0.00  0.0 
   0.00  0.0  0.0 
   0.00  0.0  0.0 0.0 
   0.00  0.0  0.0 0.0 0.0 
   0.00  0.0  0.0 0.0 0.0 0.0 
   0.00  0.0  0.0 0.0 0.0 0.0 0.0 
   0.00  0.0  0.0 0.0 0.0 0.0 0.0   0.0 
CC 
CC reduction method: (0: OFF, 1: ON) 
*-------IFLASHTYPE  irfla  irsa 
          4           0      0 
CC 
CC AQUEOUS PHASE 
*-------- WaterIndex, AqBIP_Flag 
             8             1 
CC 
CC MAXIMUM NUMBER OF PHASES ( 3 OR 4 ) 
*--------NP     IVISC  IVISC_COEF   ISINGL   ISOLU 
         4         1      0           0        0 
CC IEOS: 1,    IPEM: 0 OR 1 
CC ISTAM: -1, 0 OR 1, IEST: 0 OR 1  KI: 0, 1 OR 2 
*---IEOS   IPEM     ISTAM   IEST  IVSP   KI 
     1      1        -1      1      1     0 
CC 
CC ITERATION TOLERANCES FOR PERSCHKE'S FLASH ROUTINES. 
*----TOLFLA    TOLFLM     TOLPD    TOLSAM    TOLSAS    TOLSUM 
     1.0E-08  1.0E-10    1.0E-10  1.0E-8   1.0E-8   1.0E-08 
CC 
CC MAXIMUM NUMBER OF ITERATIONS FOR PERSCHKE'S FLASH ROUTINES. 
*----MAXFLA    MAXFLM     MAXPD    MAXSAM    MAXSAS  
      30000     1000      1000      1000     30000      20  
CC 
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CC VECTOR FLASH OPTION 
*--IVCFL   TOLVFL     MAXVFL 
     0      1.E-10     30 
CC 
CC SWITCHING PARAMETERS FOR PERSCHKE'S FLASH ROUTINES. 
*----SWIPCC    SWIPSA 
     1.e-4     1.e-3 
CC  
CC PHASE IDENTIFICATION PARAMETERS FOR PERSCHKE'S FLASH ROUTINES. 
*------IOIL      ITRK   DMSLIM  
         1        2      25. 
CC 
CC IFLAGT ( 0 : OFF,   1 : ON ) 
*------IFLAGT  IGEOCHEM IPhreeqc    IASPR 
            0     1        1          0   0   0   0   0 
CC  
CC***********************************************************************  
CC        
        * 
CC OUTPUT OPTIONS       * 
CC         
*  
CC***********************************************************************  
CC  
CC 
CC HISTORY PRINTING PARAMETER FOR <<HISTORY.CPR>>.  
*--- POSTPROCESSOR  NHSSKIP   NSTSKIP     IPV  
                  20        20          1 
CC 
CC REFERENCE CONCENTRATION, CONC0, USED FOR EFFLUENT CONCENTRATION.  
*-----CONC0  
  1.0  1.0  1.0  1.0  1.0  1.0  1.0  1.0   1.0  1.0  1.0  1.0 
CC 
CC 
*------ 
      24 
CC 
CC 
*------------ 
0.01   1 1 1 1 1 1 
0.03   1 1 1 1 1 1 
0.05   1 1 1 1 1 1 
0.1   1 1 1 1 1 1 
0.20   1 1 1 1 1 1 
0.35   1 1 1 1 1 1 
0.40   1 1 1 1 1 1 
0.55   1 1 1 1 1 1 
0.60   1 1 1 1 1 1 
0.70   1 1 1 1 1 1 
0.80   1 1 1 1 1 1 
0.9   1 1 1 1 1 1 
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1.05   1 1 1 1 1 1 
1.08   1 1 1 1 1 1 
1.10   1 1 1 1 1 1 
1.20   1 1 1 1 1 1 
1.30   1 1 1 1 1 1 
1.40   1 1 1 1 1 1 
1.50   1 1 1 1 1 1 
1.60   1 1 1 1 1 1 
1.70   1 1 1 1 1 1 
1.80   1 1 1 1 1 1 
1.90   1 1 1 1 1 1 
1.99   1 1 1 1 1 1 
CC 
CC NUMBER OF PRINTS FOR <<PROFILE.CPR>>. 
*-------NPF 
         24 
CC 
CC 
*------------ 
0.01   1 1 1 1 1 1 
0.03   1 1 1 1 1 1 
0.05   1 1 1 1 1 1 
0.1   1 1 1 1 1 1 
0.20   1 1 1 1 1 1 
0.35   1 1 1 1 1 1 
0.40   1 1 1 1 1 1 
0.55   1 1 1 1 1 1 
0.60   1 1 1 1 1 1 
0.70   1 1 1 1 1 1 
0.80   1 1 1 1 1 1 
0.9   1 1 1 1 1 1 
1.05   1 1 1 1 1 1 
1.08   1 1 1 1 1 1 
1.10   1 1 1 1 1 1 
1.20   1 1 1 1 1 1 
1.30   1 1 1 1 1 1 
1.40   1 1 1 1 1 1 
1.50   1 1 1 1 1 1 
1.60   1 1 1 1 1 1 
1.70   1 1 1 1 1 1 
1.80   1 1 1 1 1 1 
1.90   1 1 1 1 1 1 
1.99   1 1 1 1 1 1 
CC 
CC NUMBER OF PRINTS FOR <<CONTOUR.CPR>>. 
*-------NCT 
         0 
CC  
CC*********************************************************************** 
CC                                          *  
CC RESERVOIR AND WELL DATA                                *  
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CC                                          *  
CC***********************************************************************  
CC   
CC A FLAG FOR RESERVOIR GEOMETRY: 
CC 2-D: 11(Y), 12(X), 13(Z), 2-D: 21(XY), 22(YZ), 23(XZ), 3-D: 31  
*-----IGEOM       INUG  
        21          0 
CC 
CC NUMBER OF GRID BLOCKS IN X, Y, AND Z. 
*--------NX        NY        NZ 
         40        40          1 
CC 
CC NUMBER OF WELLS, AND FLAG FOR WELLBORE MODEL 
*--------NW       IWM  
         2         1 
CC 
CC WELLBORE RATIUS (FT). NW NUMBERS. 
*--------RW: (NW) 
        0.33         0.33   
CC 
CC WELL LOCATIONS. NW CARDS. 
*-------LXW       LYW    IDIR   LZWF      LZWL 
          40        40        3      1         1 
          1        1        3      1       1           
CC 
CC A FLAG ( 0 OR 1 ) FOR GRID BLOCK SIZE IN X-DIRECTION. 
*-------MDX 
         0 
CC  
CC CONSTANT GRID BLOCK SIZE IN X-DIRECTION (FT). 
*--------DX  
         25.0 
CC  
CC A FLAG ( 0 OR 1 ) FOR GRID BLOCK SIZE IN Y-DIRECTION. 
*-------MDY 
        0  
CC  
CC CONSTANT GRID BLOCK SIZE IN Y-DIRECTION (FT).  
*--------DY 
        25. 
CC  
CC A FLAG ( 0 OR 1 ) FOR GRID BLOCK SIZE IN Z-DIRECTION. 
*-------MDZ  
        0 
CC  
CC CONSTANT GRID BLOCK SIZE IN Z-DIRECTION (FT). 
*--------DZ  
        25. 
CC  
CC A FLAG ( 0 OR 1 ) FOR FORMATION DEPTH. 
*--------MD  
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         0  
CC  
CC DEPTH (FT) OF THE MOST UPPER LAYER. 
*---------D  
       0. 
CC  
CC A FLAG ( 0 OR 1 ) FOR FORMATION POROSITY. 
*------MPOR 
       0  
CC  
CC HOMOGENEOUS POROSITY (FRACTION) AT PF. 
*----PORSTD  
     0.20 
CC  
CC A FLAG ( 0 OR 1 ) FOR PERMEABILITY IN X-DIRECTION. 
*----MPERMX  
       0 
CC  
CC HOMOGENEOUS PERMEABILITY (MD) IN X-DIRECTION. 
*-----PERMX  
      200.0  
CC 
CC A FLAG ( 0 OR 1 ) FOR PERMEABILITY IN Y-DIRECTION. 
*----MPERMY 
       0 
CC  
CC HOMOGENEOUS PERMEABILITY (MD) IN Y-DIRECTION.  
*-----PERMY 
       200.0 
CC  
CC FLAG ( 0 OR 1 ) FOR PERMEABILITY IN Z-DIRECTION.  
*----MPERMZ 
       0  
CC  
CC HOMOGENEOUS PERMEABILITY (MD) IN Z-DIRECTION. 
*-----PERMZ 
     20. 
CC 
CC FORMATION COMPRESSIBILITY (1/PSI) AND REFERENCE PRESSURE (PSI).  
*--------CF           PF  
       20.e-6          14.67 
CC H2O COMPRESSIBILITY (1/PSI), REFERENCE PRESSURE (PSI) AND  
CC MOLAR DENSITY (LB-MOLE/CU FT).  
*--------CW       PW     DENMWS  
      0.     14.67      3.467 
CC  
CC WATER MOLECULAR WT. (LBM/LBM-MOLE) AND VISCOSITY (CP). 
*-------WTW     VISCW 
        18.       1. 
CC  
CC FORMATION TEMPERATURE (F). 
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*-----TEMPF 
       250.0 
CC 
CC STANDARD TEMPERATURE (F) AND STANDARD PRESSURE (PSI).  
*-----TFSTD      PSTD 
        60.      14.67  
CC  
CC A FLAG ( 1, 2, 3 OR 4 ) FOR NUMERICAL DISPERSION CONTROL. 
*----IUPSTW  
        1  
CC 
CC ITC ( 0 : NO 2ND ORDER TIME,   1 : 2ND ORDER TIME ON ) 
*----ITC 
       0 
CC RESTART OPTIONS. 
CC ISTART ( 1 OR 2 ), ISTORE ( 0 OR 1 ).  
*----ISTART    ISTORE  
        1       1  
CC  
CC A FLAG ( 0 OR 1 ) FOR AUTOMATIC TIME-STEP SELECTION ( = 1 ).  
*-------MDT  
         1  
CC  
CC A FLAG ( 0 OR 1 ) FOR PHYSICAL DISPERSION CALCULATION. 
*-----MDISP 
        0 
CC FLAGS FOR RELATIVE PERMEABILITY MODEL AND CAPILLARY PRESSURE. 
CC IPERM ( 1 OR 2 ), ICPRES ( 0 OR 1 ).  
*-----IPERM    ICPRES      ICAP    IRPERM    IICPRES 
       2         0          0          0        0 
CC  
CC WATER/OIL INTERFACIAL TENSION (DYNES/CM). 
*-------EPC       CPC  RIFTWO    RIFTWG    RIFTWL 
         2.0        2.0    20.        24.       30. 
CC 
CC HIGH IFT RESIDUAL SATURATIONS. 
*-----S1RW     S2RW1     S2RW2      S3RW     S4RW1     S4RW2  
        0.2    0.24       .25       0.05     0.2       0.2 
CC  
CC LOW IFT RESIDUAL SATURATIONS.  
*------S1RC     S2RC1     S2RC2      S3RC     S4RC1     S4RC2  
       0  .0       .0         0.        0.        0.  
CC 
CC HIGH IFT END POINT RELATIVE PERMEABILITY. 
*------P1RW      P2RW      P3RW      P4RW   
       0.48    1.0          0.35       0.35 
C 
CC LOW IFT END POINT RELATIVE PERMEABILITY. 
*------P1RC       P2RC         P3RC         P4RC  
        .3        0.7              1           1. 
CC 
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CC HIGH IFT EXPONENT OF RELATIVE PERMEABILITY. 
*-------E1W      E2W1      E2W2       E3W      E4W1      E4W2 
        2.0       3.30       2.5      2.5       2.5       2.5 
CC 
CC LOW IFT EXPONENT OF RELATIVE PERMEABILITY. 
*-------E1C      E2C1      E2C2       E3C      E4C1      E4C2 
         1.        1.        1.        1.        1.        1. 
CC 
CC WATER AND L1 PHASE CAPILLARY DESATURATION PARAMETERS.  
*-------T11       T12      T211      T221      T212      T222  
        -.4       1.6      -0.5       2.2      -.04       1.6     
CC 
CC GAS AND L2 PHASE CAPILLARY DESATURATION PARAMETERS. 
*-------T31       T32      T411      T421      T412      T422 
        -0.5      2.2      -0.5       2.2       -.4       1.6 
CC************************************************************** 
CC 
*------  IWALT    IWALF  
           1        8 
CC 
CC  THRESHOLDS 
*------- INITIAL FINAL    IPERMA 
          22      16.1        0 
CC 
CC    ALTERED - CAPILLARY PRESSURE PARAMETERS AND 
*-------EPC       CPC 
         1.5        2.0 
CC 
CC ALTERED -  RESIDUAL SATURATIONS 
*------- S1RW     S2RW1     S2RW2      S3RW     S4RW1     S4RW2 
       0.2         0.22        0.25 0.05 0.2 0.2 
CC 
CC ALTERED -   ENDPOINTS 
*------  P1RW      P2RW      P3RW      P4RW 
        0.48   1          0.35       0.35 
CC 
CC ALTERED -  EXPONENTS 
------ E1W      E2W1      E2W2       E3W      E4W1      E4W2 
        2.5     2.120   2.5      2.5       2.5       2.5 
CC 
CC  ALTERED -  WATER AND L1 PHASE CAPILLARY DESATURATION PARAMETERS. 
*------ T11       T12      T211      T221      T212      T222 
        -.4       1.6      -0.5       2.2      -.04       1.6 
CC 
CC  ALTERED -  GAS AND L2 PHASE CAPILLARY DESATURATION PARAMETERS. 
*-------- T31       T32      T411      T421      T412      T422 
        -0.5      2.2      -0.5       2.2       -.4       1.6 
CC ************************************************************** 
CC A FLAG FOR PRESSURE EQUATION SOLVER ( 1, 2, 3, 4 OR 5 ). 
*----IPRESS    IPREC   METHSL   OMEGA    IHYPRE 
        4      2       1       1.0     1     0 
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CC 
CC ITERATIVE PRESSURE SOLVER PARAMETERS. 
*-----ITMAX  LEVLIT  IDGTS   NS1       NS2      ZETA 
      1000      1      1      5      1000000   1.E-07 
CC  
CC INITIAL TIME (DAYS).  
*---------T  
          0 
CC  
CC A FLAG ( 0 OR 1 ) FOR INITIAL PRESSURE. 
*--------MP  
         0 
CC  
CC CONSTANT INITIAL PRESSURE (PSIA).  
*---------P  
  4000.0  
CC 
CC A FLAG ( 0 OR 1 ) FOR INITIAL WATER SATURATION.  
*------MSAT 
        0  
CC  
CC CONSTANT INITIAL WATER SATURATION (FRACTION).  
*-------SAT  
  0.202 
CC  
CC A FLAG ( 0 OR 1 ) FOR INITIAL OVERALL COMPOSITION. 
*-----MOMFR 
        0  
CC  
CC CONSTANT INITIAL COMPOSITION (MOLE FRACTION).  
*------OMFR 
0.0337  0.0861  0.1503  0.1671  0.3304  0.1611  0.0713  0.0 
CC  
CC***********************************************************************  
CC                                          *  
CC RECURRENT DATA                                                       *  
CC                                          *  
CC***********************************************************************  
CC                                                                      * 
CC                        LoSal Injection                               * 
CC                                                                      * 
*********TM******** DT ***** NWELLS ** GORLIM ** WORLIM ***************** 
         2.0        0.0001      2         -1       -1 
CC 
CC 
*-----DTMAX     DTMIN     DSLIM     DPLIM      DVLIM    DMFACT   DMFACTG 
       0.01      0.01     0.05      0.005       0.05      0.03     0.05 
CC 
CC WELL NO. AND WELL TYPE. 
*--------LW    IQTYPE 
          1      4 
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CC 
CC   (B/D)  (MSCF/D) 
*----QPSVC(1)   QPSVC(3)   NCOMP   ISWITCH   PBHC 
      400       0         0        1        6000 
CC 
CC 
*------INJ_SOL 
 0  
CC 
CC WELL NO. AND WELL TYPE. 
*--------LW    IQTYPE 
         2       -2 
CC 
CC CONSTANT BHP PRODUCER (PSI) 
*--------PBHC 
         4000 
CC 
CC END OF INPUT. 
*--------TM     DT    NWELLS   GORLIM   WORLIM ---------------- 
         -1.0   -1.     -1     -1.E10    -1.E10  
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APPENDIX C: DESCRIPTION OF SORPTION MODELS 

Ion sorption, especially on the clay particles, strongly affects the electrostatic 

double layer expansion. Two processes are modeled to capture the ion sorption: the ion 

exchange and the surface complexation processes. The ion exchange or more specifically 

the cation exchange capacitance (CEC) is defined as the amount of permanent negative 

charge on the clay mineral surface due to isomorphous substitution. This negative charge 

layer is balanced by an excess of aqueous cations held closely around the clay surface by 

electrostatic attraction. Electrostatically bound cations are exchangeable under appropriate 

conditions (Grim, 1953; Van Olphen, 1963; Bolt et al., 1976). For instance, consider cation 

B, with charge zB, in aqueous phase, and cation A, with charge zA, at the clay surface. The 

ion exchange reaction is defined as 

 

B A A Bz AX z B z BX z A    (C.1) 

 

where X is the “exchangeable site” and it simply represents a unit charge anywhere in or 

close to the solid phase. The thermodynamic constant, K, for this reaction is defined as 

 

   

   

B A

A B

z z

X z z

A BX
K

B AX
  (C.2) 

 

where [ ] denotes concentration (Missana et al., 2008). Smectite has a very large CEC in 

the order of 100 meq/100g while illite has an average CEC of 20 meq/100g. In illite, only 

the cations on the external surfaces are exchangeable resulting in a much lower CEC 

compared to smectite.  
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Besides the cation exchange properties, surface complexation reactions contribute 

to ion sorption on the clay particles surface because of the “edge” sites. The edge sites are 

regarded as surface hydroxyl group ( SOH). Similar to the reactions occurring on the oxide 

surface, surface complexation may occur on the edge sites (Bradbury and Baeyens, 2002). 

These edge sites have capacity of approximately 5-50% of the CEC and can be neutral, 

positively, or negatively charged depending on pH (i.e. SOH, SOH2
+, or SO-). At the 

edge sites ( SOH), the pH-dependent charge is determined by the following reactions: 

 

2SOH SOH H     (C.3) 

 

SOH SO H     (C.4) 

 

with the equilibrium constants given by 
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 (C.6) 

 

where {} represents the ion activity and [ ] denotes concentration. The exponential 

term represents the columbic term that accounts for the electrostatic effects. F is the 

Faraday constant (96485 JV-1eq-1, joule per volt per equivalent), ψ is the surface potential 

(V, volt), R is the gas constant (8.314 JK-1mol-1), and T is the absolute temperature (K) 

(Dzombak and Morel, 1990; Parkhurst and Appelo, 2013). A surface complexation 
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reaction representing the sorption of a cation A, with charge zA, on the surface site is defined 

as 

 
( 1)A Az zSOH A SOA H       (C.7) 

 

The density of the edge sites ( SOH) in semctite is 5-10% of the total CEC, while 

in illite is much higher and varies between 20-50% of the total CEC (Missana et al., 2002, 

Bradbury and Baeyens, 2005a,b; Missana et al., 2008). Therefore, the density of edge sites 

of illite is 4-5 times higher than that of smectite. However, CEC in smectite is 5 times 

higher than that of illite which makes the edge site contribution similar in both clays. 

However, the specific surface area in smectite is 5-6 times higher compared to illite which 

makes smectite more prone to swelling. 
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APPENDIX D: CALCULATION OF VEDL WATER AND VBULK SOLUTION WATER 

The thickness of electrostatic double layer varies with the ionic strength in the 

number of Debye lengths (
1k 
). PHREEQC calculates a pore radius (r) from the amount 

of water in the bulk solution, with which the initial surface is equilibrated. Thus equation 

below is solved to calculate r: 

 

   
2

dbulk solution water
V r r L    , (D.1) 

 

 

where dr is the thickness of EDL, L is the cell length and   is the tortuosity. The product 

of  L  is implicitly included in the surface areas that is defined by the surface in the 

input file of PHREEQC and is different for various minerals: 
 

 2sA r L   . (D.2) 

 

The volume of the EDL water is then calculated (Appelo and Wersin, 2007) from: 
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d
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r r r
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. (D.3) 

 

PHREEQC calculates the amount of water volume in bulk solution and EDL and 

then computes the EDLWI index which was defined by Eq. (6.5). 
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