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Abstract

Excel Model for Electric Markets
ERCOT
Pedro Pablo Cuevas, M.S.E.E.R.
The University of Texas at Austin, 2016

Supervisor: James S. Dyer
Co-Supervisor: John C. Butler

The effects of changing regulatory and fuel-cost environments have far reaching
implications on the ability of electric markets to plan and provide cheap, clean, and reliable
electric grids. The current state of the art tools for modeling the regulations and fuel prices
requires days to process and access to these tools is also held by a small number licensed
users that must also have the training and technical ability to run the model, which limits
the study of planning and electricity market design..
This thesis presents an Excel model that simulates the operations of ERCOT over
the next fifteen years. Tradeoffs between accuracy, run time, cost, and model complexity
will be discussed. The advantages of this model are speed and accessibility, which will
allow more users to understand the major implications of policy discussions and scenarios
without needing a commercial tool.
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The model predicts the fuel mix and average market price for 2014 with less than a
1% and 2% error respectively. For 2015, the model predicts the fuel mix with less than a
5% error. Using the current trends assumptions, the model predicts that by 2030 the energy
mix will undergo significant changes. Coal generation will drop from 28% to 21%, while
gas generation will decline from 48% to 46%. Renewable generation will increase with
wind going from 12% to 17% and solar from 0% to 7%.
The model also predicts that a carbon tax between $20 and $60 per short ton of 𝐶𝑂2,
could rise the operational and capital costs of ERCOT in present value terms until 2030
from $75 billion to $218 billion. Finally the model forecasts that the reserve margin in
ERCOT will not reach the target of 13.75% in 2020 and that renewable energy addition
does not affect this indicator. Even more, the reserve margin is increased when solar energy
enters the market.
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Chapter 1: Introduction
Energy in the form of electricity is an essential commodity for our daily life. With
it we can perform multiple tasks from running the largest industrial factories to cooling our
homes during summer. The Electric Reliability Council of Texas (ERCOT) manages the
distribution of power to about 90% of Texas residents via a “grid” of more than 43,000
miles of transmission lines and 550 generation units (ERCOT 2016). ERCOT's consumers
spend around $ 40 billion a year for electricity, which represents about 3% of the Texas
GDP. Therefore, understanding the impacts of different policies and price scenarios for
ERCOT is an important issue.
Individuals in both the academic and private sectors have developed mathematical
models and software in order to understand the consequences of certain actions for an
electrical grid. The available commercial software is very detailed, but the significant time
that is typically required to run a model of ERCOT makes it difficult to analyze in detail
the impacts of policy changes and other issues using different scenarios. This software is
also costly, which limits its availability so that only experts in large companies or
universities have access to them.
OBJECTIVES
The objective of this thesis is to develop a straightforward Excel spreadsheet model
that simulates the operations of ERCOT over the next fifteen years. Tradeoffs between
accuracy of the representation of the ERCOT system and the required run time and model
complexity will be discussed; for example, modeling ERCOT as a single node speeds up
and simplifies calculations but may reduce the accuracy of the cost of the provided
electricity. The advantages of a model like this are speed and accessibility, meaning that
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more users can understand the major implications of policies and scenarios without the
need for running a commercial tool.
A spreadsheet dispatch model makes it possible to optimize the operations and the
capacity expansion of ERCOT through 2030 in less than five minutes, compared to hours
required for a similar run on large-scale commercial software. However, we seek a model
that is not only quick to run, but also able to deliver solutions that will be close to the actual
future performance, including the ability to provide capacity expansion recommendations
similar to the commercial software.
CHAPTER DESCRIPTION
Chapter 2 presents background information, definitions, concepts and tools that are
used as the foundations of the model. Following, Chapter 3 describes the mathematical
optimization model and its proposed simplification. Chapter 4 presents the data used in a
spreadsheet version of the model, including all the pricing, capacity and policy assumptions
required to run the model.
Then, Chapter 5 presents and compares the results from the ERCOT model to the
actual operating results of ERCOT during the years 2014 and 2015 to provide some
indication of how well the model is likely to predict the future. After these results are
compared, Chapter 6 and 7 presents some policy recommendations that result from using
this Excel model. Finally, the conclusions and recommendations for further work in this
area are provided in the last chapter.
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Chapter 2: Background
This chapter presents the methodology and some general assumptions used to
implement the dispatch generation model. Of particular importance, the capacity and
availability factors are defined and used to describe the methods to compare different
generation technologies, and the concepts of levelized cost of electricity (LCOE) and the
levelized avoided cost of electricity (LACE) are developed and applied to make decisions
about new generation.
ELECTRIC GENERATION COSTS
In this section the different types of costs associated with electricity generation are
defined and discussed. These costs are important because it is desirable to satisfy the
demand at the lowest possible cost. Every generation technology has two primary cost
categories:
• Capital investment cost, commonly referred to as CAPEX.
• Power generation cost, commonly referred to as operating expenses, or OPEX.
Capital investment cost
The capital investment cost (𝛱𝐶𝐴𝑃𝑛,𝑡 ) represents the full capital expense needed to
build a power plant n and to bring it to the electric market at time t; typically expressed in
$/kW. It may also be called overnight cost because it assumes instantaneous construction
and is equal to the discounted capital costs over the construction period. Each constructed
power plant has a maximum rated megawatts (MW) of output, or nameplate capacity, that
is registered with ERCOT for planning purposes.
The principal categories of capital investment costs are construction material and
installation, mechanical equipment and installation, and electrical instrumentation and
controls installation (U.S. Energy Information Adminstration 2013). The capital
3

investment cost is a large proportion of the total cost for renewable technologies like solar,
because the operational expenses are relatively low due to the fact that these plants do not
have any fuel costs.
Power generation costs
By definition, the power generation costs are directly associated with the generation
of electricity or, in some cases, the ability to generate electricity, but are not related to the
construction of the power plant. These costs could be variable if the outlay depends on the
quantity of energy generated like fuel cost, or fixed, if the amount of energy generated is
independent from the costs (e.g. preventive maintenance and labor cost).
Variable generation costs
Variable generation costs are divided into fuel cost, operation and maintenance
(O&M) costs, and emission costs. These costs are expressed in monetary units per unit of
energy; for the purposes of this work these costs will be expressed in dollars per megawatt
hour ($/MWh).
The variable fuel cost (𝑉𝐹𝑛,𝑡 ) consists of all the expenses associated with fuel
consumption in power plant 𝑛 during time 𝑡 in order to generate one unit of energy. In
nuclear plants, this cost is called the fuel cycle cost, because it includes an allocation of all
the disposal costs of the radioactive waste (IAEA 1984).
The variable fuel cost is calculated using the fuel price (𝛱𝐹𝑢𝑒𝑙𝑡 ) and the amount of
fuel consumed. This quantity is related to the heat rate (𝐻𝑅𝑛 ) which is the thermal energy
needed to generate a unit of electrical energy in plant 𝑛. As a result the heat rate is
expressed in units of electrical output per unit of thermal energy input, commonly,
MMBTU/kWh.
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Therefore the variable fuel cost is calculated as:
𝑉𝐹𝑛,𝑡 𝑈𝑆𝐷
𝛱𝐹𝑢𝑒𝑙𝑡 𝑈𝑆𝐷 𝐻𝑅𝑛 𝑀𝑀𝐵𝑇𝑈
=
×
𝑘𝑊ℎ
𝑀𝑀𝐵𝑇𝑈
𝑘𝑊ℎ

(1)

One important feature of this cost is that the HR varies depending on the total
electricity output and so the variable fuel cost is also a function of the level of total
production and other producers. This means that a power plant that is not working close to
its nameplate capacity would be inefficient compared to a plant working at its optimal level
of output. In this work we consider the annual average heat rate, so this value is fixed over
time, simplifying the calculations.
Variable operation and maintenance costs of plant n in period t (𝑉𝑂&𝑀𝑛,𝑡 ) are
related to the non-fuel expenses, which vary with the electric power output. Examples in
this category include water consumption, waste disposal expenses, and chemicals, catalysts
and gases, like ammonia (𝑁𝐻3 ) for selective catalytic reduction (SCR) (U.S. Energy
Information Adminstration 2013).
The variable emission costs (𝑉𝐸𝐶𝑡 ) are the environmental fees at time t regarding
certain pollutants like 𝑁𝑂𝑥 , 𝑆𝑂2 and 𝐶𝑂2. This cost is calculated for each of the j pollutants
by multiplying their rate of emission (𝑅𝐸𝑗𝑡 ) in ton/kWh by the dollar value of damages (per
ton) associated with it (𝐷𝑗𝑡 ):

𝑉𝐸𝐶𝑡 = ∑ 𝑅𝐸𝑗𝑡 × 𝐷𝑗𝑡
𝑗𝜀𝜃

where θ is a set of pollutants that in this work includes 𝑁𝑂𝑥 , 𝑆𝑂2 and 𝐶𝑂2.
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(2)

Fixed generation, operating and maintenance costs
The fixed, operating, and maintenance costs for plant n during period t (𝐹𝑂&𝑀𝑛,𝑡 )
do not vary significantly with the amount of energy generated. Commonly they are
expressed in $/kW-year, similar to the capital cost. Typical 𝐹𝑂&𝑀𝑛,𝑡 include staff salaries,
administrative expenses, maintenance of equipment such as water circuits, electric plant
equipment, and insurance (U.S. Energy Information Adminstration 2013).
Other generation costs
Other costs relative to power plant generation such as upstream one-time emissions
(e.g. building a power plant), on-going non-combustion emissions (e.g. fuel extraction),
and downstream one-time emissions (e.g. power plant decommissioning) (Rhodes et al.,
n.d.), will not be considered in this work.
There are also costs for electrical generation that are related to the transmission
system itself rather than to an individual plant. These types of costs also depend on the
particular rules and regulations of the electricity market, e.g. some independent system
operators (ISOs) require excess generation to be available at plants that are already
connected to the system, so called “spinning reserves”. While these costs will not be
considered in this work, the start-up costs, the extra expense to activate a plant that was not
operating, are included.

6

CAPACITY AND AVAILABILITY FACTORS
Capacity and availability factors are often confused and misinterpreted, due to their
similarities and the fact that sometimes they are equal in value.
The maximum generation (𝑀𝐺𝑛,𝑡 ) is the energy that could have been produced by
unit n at a given period of time 𝑡 if operated continuously at maximum capacity (IEEE
2006). Therefore the 𝑀𝐺𝑛,𝑡 can be calculated as:

𝑀𝐺𝑛,𝑡 = 8760 ℎ𝑟𝑠 × 𝑀𝐶𝑛,𝑡

(3)

where 𝑀𝐶𝑛,𝑡 is the maximum capacity generation of power plant 𝑛 during one year and
8760 is the number of hours in one year. The capacity factor (𝐶𝐹𝑛,𝑡 ) is defined as the actual
generation (𝐴𝐴𝐺𝑛,𝑡 ) produced by power plant 𝑛 in period 𝑡 as a fraction of maximum
generation in the same period, 𝑀𝐺𝑛,𝑡 (IEEE 2006). Therefore the capacity factor can be
expressed as:

𝐶𝐹𝑛,𝑡 =

𝐴𝐴𝐺𝑛,𝑡
𝐴𝐴𝐺𝑛,𝑡
=
𝑀𝐺𝑛,𝑡
𝑀𝐶𝑛,𝑡 × 𝜏

(4)

In contrast, the availability factor (𝐴𝐹𝑛,𝑡 ) is the fraction of a given operating period
in which a generating unit 𝑛 is available without any outages during period 𝑡 (IEEE 2006).
In other words it is the ratio of the available hours (𝐴𝐻𝑛,𝑡 ) to the total hours; e.g. for a year:

𝐴𝑛𝑛𝑢𝑎𝑙 𝐴𝐹𝑛,𝑡 =

𝐴𝐻𝑡
8760

(5)

In conclusion, the 𝐶𝐹𝑛,𝑡 is the ratio of actual electric generation to the maximum
capacity, and the 𝐴𝐹𝑛,𝑡 is the percentage of time a generator is available.
7

METHODS TO COMPARE ELECTRIC GENERATION TECHNOLOGIES
This work uses the annual levelized cost of energy (LCOE), the annual levelized
avoided cost of energy (LACE) and their difference, LACE – LCOE or net value, as metrics
to compare the different technologies and to establish criteria for constructing or
decommissioning power plants over time as changes in ERCOT market conditions unfold.
Levelized cost of energy
The LCOE is a conventional accounting method that quantifies the long-term cost
for an electricity generation technology or facility, typically expressed in $/kWh
(Townsend and Webber 2012). The LCOE has several desirable properties, including the
normalization of costs across time and technology types. Consequently it has become the
de facto standard for cost comparisons by the general public, policymakers, analysts, and
advocacy groups (Rhodes et al., n.d.). .
The basic concept behind LCOE is to combine the capital cost and the power
generation cost (𝑉𝑂&𝑀𝑛,𝑡 + 𝐹𝑂&𝑀𝑛,𝑡 ). The capital costs are converted into an annuity of
equal sized payments over the generation period so that the present value of the annuity is
the total overnight capital cost.
Formally, we express the capital investment cost as:
𝑁

𝛱𝐶𝐴𝑃𝑛,𝑡 = ∑
𝑡=1

𝑅̅
(1 + 𝑖)𝑡

(6)

where 𝑅̅ is the equivalent uniform annual payment, i is the discount rate and T is the total
number of periods. Solving for 𝑅̅ :
−1

𝑇

1
𝑅̅ = 𝛱𝐶𝐴𝑃𝑛,𝑡 × [∑
]
𝑡
(1
+
𝑖)
⏟𝑡=1
𝐶𝑅𝐹
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(7)

The factor on the right side of the capital investment cost in equation (7), is the
capital recovery factor (CRF) and can be simplified as follows.
−1

𝑇

1
𝐶𝑅𝐹 = [∑
]
(1 + 𝑖)𝑡
𝑡=1

𝑖(1 + 𝑖)𝑁
=
(1 + 𝑖)𝑁 − 1

(8)

Dropping the subscripts for generation technology and time, the annual LCOE can
be calculated as (Tidball et al. 2010):

𝐿𝐶𝑂𝐸𝑛,𝑡 =

Π𝐶𝐴𝑃𝑛,𝑡 × 𝐶𝑅𝐹 + 𝐹𝑂&𝑀𝑛,𝑡
$
+⏟
𝑉𝑂&𝑀𝑛,𝑡 + 𝐻𝑅𝑛 × Π𝐹𝑢𝑒𝑙𝑡 =
8760 × 𝐶𝐹𝑛,𝑡
𝑘𝑊ℎ
⏟
𝐴𝑛𝑛𝑢𝑎𝑙 𝑉𝑎𝑟𝑖𝑎𝑏𝑙𝑒 𝐶𝑜𝑠𝑡𝑠

𝐴𝑛𝑛𝑢𝑎𝑙𝑖𝑧𝑒𝑑 𝐹𝑖𝑥𝑒𝑑 𝐶𝑜𝑠𝑡𝑠

(9)

Also as can be seen in equation (9), the larger the capacity factor, the smaller the
fixed and capital costs relative to each unit of energy, which lowers LCOE. This concept
of decreasing cost per unit of energy as a function of an increasing capacity factor is the
key to understanding the competitive advantage of certain technologies over others.
One of the desirable properties of LCOE is that various technologies with different
characteristics can be compared under the same cost basis. For example, a solar plant does
not require fuel and so, as a percentage of total cost, it has relatively low variable costs and
relatively high capital costs when compared to a natural gas-fired power plant that does
require fuel. LCOE allows for these disparate features of each technology to be fairly
compared in a single cost figure.
While LCOE is a convenient measure of the overall cost of different generating
technologies, one of its biggest limitations is that it does not consider the revenue or value
of a technology. As a result, an intermittent resource like wind may have the lowest LCOE
9

of all available technologies, but if this technology can be only dispatched at night, when
the price of electricity is close to zero, the technology may be non-viable, even though it
has the cheapest average cost per unit at the time that it is dispatched.
Levelized avoided cost of energy
In recent years the U.S. Energy Information Administration (EIA) has developed
the levelized avoided cost of electricity (LACE) as a complement to LCOE. Rather than
costs, LACE estimates the revenue that a power plant creates per each unit of electricity
(Namovicz 2013). LACE can be calculated as the weighted average revenue that a certain
technology would provide per unit of electricity, in a particular period in $/kWh like LCOE.
One interpretation of the LACE of a power plant is that it is a measure of how much
it would cost the grid to generate the additional electricity that would be required if that
power plant were not available (U.S. Energy Information Adminstration 2013). The word
"avoided" is included in the LACE acronym to reflect the cost savings associated with
avoiding the less efficient generation that is replaced by the analyzed technology.
The first concept to understand before calculating LACE is the market price (𝑀𝑃𝑡 ),
which is the price that a generator would receive in the market if it sells one unit of energy
during period 𝑡. A calculation of revenue must reflect that fact that each power plant
generates a different amount of electricity at different times.
LACE can be calculated as the weighted average of the market price of the power
source that it generates (Namovicz 2013).

𝐿𝐴𝐶𝐸𝑛,𝑡

∑𝑇𝑡 𝐴𝐴𝐺𝑛,𝑡 × 𝑀𝑃𝑡
=
∑𝑇𝑡 𝐴𝐴𝐺𝑛,𝑡
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(10)

Noting that for a year, ∑𝑇𝑡 𝐴𝐴𝐺𝑛,𝑡 = 8760 × 𝐶𝐹𝑛,𝑡 we can substitute into the
denominator of (10) to obtain:

𝐿𝐴𝐶𝐸𝑛,𝑡 =

∑𝑇𝑡 𝐴𝐴𝐺𝑛,𝑡 × 𝑀𝑃𝑡
8760 × 𝐶𝐹𝑛,𝑡

(11)

From equations (10) and (11) we can infer that a power plant which is always
available but is not dispatched would have a LACE of $0, because does not to sell any units
of electricity, i.e. 𝐴𝐴𝐺𝑛,𝑡 = 0 ∀ 𝑡.
In order to be dispatched, a conventional power plant must offer to generate
electricity at a price that is low enough to enter into the market; less efficient plants are
dispatched only at periods of peak demand when power prices are high enough to cover
their higher costs. As a result LACE for peaking generators is higher than LACE for a base
load generator; however its total revenues are lower per installed unit of capacity, due to
the small period of time it is dispatched. In other words, peakers generate high revenues
when they are dispatched, but they aren’t dispatched very often.
This highlights an important feature of LACE: for conventional power plants, LACE
does not only depend on each particular technology, but also on the market as a whole. For
example a certain technology in a market with high prices would have a much higher LACE
than the same technology in a low price markets. Therefore, LACE is not an appropriate
way to compare technologies across markets.
Renewable plants have a marginal cost of $0 and so they are always dispatched
when available. Therefore, their LACE only depends on the market price and the
availability of the generator. In Texas, wind plants are relatively more available during
night when prices are low, while solar plants, for example, produce during the day when
11

prices are high. Thus the LACE of solar plant tends to be higher than LACE for a wind plant
because of when the electricity is generated; a solar plant allows the system to avoid more
expensive electricity compared to a wind plant.
In summary, LACE is the average value or revenue per unit of energy sold in the
market ignoring the costs of generation. Therefore it cannot be used independently to make
comparisons across different markets.
Net value
As mentioned before, LACE and LCOE cannot be used independently to determine
the best generation technology to construct or the worst technology to decommission.
However the difference between LACE and LCOE, referred to as net value, accounts for
revenues and cost, making it possible to calculate the profit of each technology (Namovicz
2013) :

𝑁𝑒𝑡 𝑉𝑎𝑙𝑢𝑒𝑛,𝑡 = 𝐿𝐴𝐶𝐸𝑛,𝑡 − 𝐿𝐶𝑂𝐸𝑛,𝑡 =

𝑁𝑃𝑉𝑛,𝑡 × 𝐶𝑅𝐹𝑛,𝑡
̅̅̅̅̅̅̅̅̅̅
𝐴𝐴𝐺
𝑛,𝑡

(12)

The net value can be also calculated as the net present value (NPV) annualized with

̅̅̅̅̅̅̅̅̅
the CRF and divided by the annual average generation, 𝐴𝐴𝐺
𝑛,𝑡 . Therefore if the net value
is positive, the net present value of the project will be positive, and vice-versa. As a result
the net value can give us insight into which technologies are profitable at a given time in a
given market and should therefore be expected to see increases in installed capacity relative
to technologies with lower net values.
PRICING IN AN EFFICIENT ELECTRIC MARKET
The market price of electricity refers to the price that is paid by consumers for each
unit of electricity at a certain moment. Because of the complex and expensive infrastructure
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required in an electricity grid system, most of the electrical energy markets are regulated
to coordinate prices and transmission planning, among other issues. Even though there are
many pricing systems, most of the time, power plants are dispatched to satisfy demand
from the lowest to the highest dispatch price.
The dispatch price (𝐷𝑃𝑛,𝑡 ) is the revenue desired by plant 𝑛 during time 𝑡 for each
unit of energy. The highest of the dispatched prices from the online plants sets the market
price for all other participants. That is, the market price (𝑀𝑃𝑡 ) in period 𝑡 is defined as:

𝑀𝑃𝑡 = 𝑚𝑎𝑥(𝐷𝑃𝑛,𝑡 )

(13)

To clarify this concept, Figure 1 presents a simplified example of two power plants,
PP1 and PP2, with capacities of 100 MW each and dispatch prices of $30 and $60,
respectively. During night time the demand is 50 MW so only PP1 is dispatched, it
produces 50 MW, and the market price is $30. During the day if demand is 125 MW, then
PP1 is dispatched for its full 100MW and PP2 is partially dispatched for 25 MW, setting
the market price at $60 for both plants. Therefore, while PP1 was willing to produce at
$30, it still receives $60 for all 100MW it generates in this time period.

13

Figure 1: Pricing Example.
A power plant that sets a high dispatch price will affect its ability to enter the market
because it only will be dispatched if demand is not met by all the other plants, e.g. PP2 in
the previous example did not generate electricity at night. This might result in a LACE of
$0 in the case where the plant is never called to dispatch. On the other hand if the plant sets
a price under it’s 𝑉𝑂&𝑀, it might lose money if it is setting the market price; e.g. it is the
most expensive plant actually generating electricity.
Therefore a power plant has the incentive to bid a dispatch price over its marginal
cost, but also at a value that allows it to be dispatched as long as possible to increase
revenues and reduce total costs.
Pricing Assumptions for the Dispatch Model
In order to set dispatch prices to be utilized in the model, certain assumptions must
be considered. The first step is to analyze the different conditions and needs for different
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categories of power plant. Power plants can be divided in two categories depending on
their dispatch patterns:
• Base load plants
• Peak load plants
Base load plants, such as coal and nuclear plants, have relatively low power
generation costs and high capital and fixed costs. Therefore, these plants have the incentive
to be online as much as possible to increase their capacity factor (CF) which reduces their
LCOE. So the main objective for these plants it to provide cheap and reliable power for
most of the time. The fact that these plants run often is why they are referred to as "base
load".
On the other hand peak generators, or peakers, such as gas combustion turbines
have relatively high power generation costs and low capital and fixed costs. Their primary
role is to satisfy demand during peaks, so they are idle for long periods, reducing their CF
and increasing their LCOE. Consequently, the owners of these plants seek to recover their
capital and operational expenses during the short time they are called to generate by
requiring high revenues (Dahl 2004).
As a result, the business models of base-load and peaker plants are different, and
each requires a different bidding strategy. Viscusi, et al. (1995) established that a desirable
criteria is to maximize the total economic welfare: the point where the sum of the surplus
for the demand and supply sides are maximized. The implications of this analysis are that
base load plants should set a dispatch price equal to their marginal cost and that peaking
plants should set a dispatch price equal to their LCOE (Viscusi 1995). For this reason, this
model will assume that peakers bid their LCOE and that base loader plants bid
their 𝑉𝑂&𝑀𝑛,𝑡 .
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Chapter 3: Mathematical Model
This chapter presents the basic mathematical optimization problem and solution
that is used to implement the dispatch model.
BASIC GENERATION MODEL DESCRIPTION
A desirable electric market would be one that satisfies demand at the minimum cost
possible. Therefore one simple approach would be to choose the cheapest available
facilities without exceeding their maximum capacity.
Mathematically this model can be expressed as:
𝑇

𝑁

𝑚𝑖𝑛
AAG𝑛,𝑡 (∑ ∑ 𝑀𝑃𝑡 × 𝐴𝐴𝐺𝑛,𝑡 )

(14)

𝑡=1 𝑛=1

Subject to:
𝑁

∑ 𝐴𝐴𝐺𝑛,𝑡 = 𝐷𝑡 ,

∀𝑡

𝑛=1

0 ≤ 𝐴𝐴𝐺𝑛,𝑡 ≤ 𝑀𝐺𝑛,𝑡

∀𝑡, ∀𝑛

where 𝑁 is the total number of power plants, 𝑇 is the total number of hours in the generation
window (8760 hours for a year), 𝐴𝐴𝐺𝑛,𝑡 is the total generation produced by power plant 𝑛
during period 𝑡, 𝑀𝐺𝑛,𝑡 is the maximum generation available for power plant 𝑛 during
period 𝑡 and 𝐷𝑡 is the demand during period 𝑡.
The second constraint limits the generation to the maximum capacity available of
each power plant. Therefore, a wind plant, for example, cannot dispatch at times when the
wind is not blowing.
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Myopic and merit list simplification
One relaxation of the system optimization is to assume that decisions about power
plant 𝑛 at time 𝑡 are independent of the production levels for period 𝑠 < 𝑡. In other words,
AAG𝑛,𝑡 are not constrained by AAG𝑛,𝑡−1.
This myopic assumption may lead unrealistic solutions. For example, the model
may turn on and off a coal-fired power plant in consecutive periods, which is impossible
in reality because these thermal generators require a couple of hours to ramp up generation.
However, this assumption may not prevent near optimal solutions as these effects would
likely occur infrequently, and to a relatively small number of plants.
Accordingly, the relaxed model can be formulated as:
𝑁

𝑚𝑖𝑛
AAG𝑛,𝑡 (∑ 𝑀𝑃𝑡 × 𝐴𝐴𝐺𝑛,𝑡 )),

∀𝑡

(15)

𝑛=1

Subject to:
𝑁

∑ 𝐴𝐴𝐺𝑛,𝑡 = 𝐷𝑡
𝑛=1

0 ≤ 𝐴𝐴𝐺𝑛,𝑡 ≤ 𝑀𝐺𝑛,𝑡 ,

∀𝑛

As can be seen in equation (15), the only difference from the previous model is that
now we are minimizing each particular hour 𝑡; summing over all 𝑡 ∈ 𝑇 provides the
aggregate annual solution for the minimum cost.
In addition to the myopic relaxation, the problem can be further simplified by
assuming that the order of the dispatch prices (𝐷𝑃𝑛,𝑡 ) is constant over period 𝑡. This
assumption can be justified because relative efficiencies between plants do not change
frequently, and also by the fact that fuel prices are correlated in the short run. If the order
of the dispatched prices is constant, the problem of how much demand should be assigned
17

to each power plant is fairly trivial; technologies are dispatched in order from cheapest to
most expensive until demand is met in period 𝑡. This methodology is known as the merit
list criteria
To optimize this problem we need to estimate demand 𝐷𝑡 and the maximum
available generation, 𝑀𝐺𝑛,𝑡 . Demand can be estimated using the previous year’s data. For
thermal plants, 𝑀𝐺𝑛,𝑡 is likely to be constant through the year. For intermittent
technologies, 𝑀𝐺𝑛,𝑡 can be estimated using historical data, including wind speeds and
availability for wind generation and radiation for solar.
Finally the total cost to satisfy demand for period t can be calculated as:

𝑀𝑎𝑟𝑘𝑒𝑡 𝐶𝑜𝑠𝑡𝑡 = 𝑀𝑃𝑡 (𝐷𝑡 , 𝑀𝐺𝑛,𝑡 ) × 𝐷𝑡 ,

∀𝑡

(16)

As presented in equation (16), the market price depends on the price of the most
expensive generator on line, which in turn depends on the hourly demand and the
availability for each technology. By summing over 𝑡 ∈ 𝑇 we can obtain the total cost for
the generation window of interest.
Dispatch example
To clarify this proposed myopic algorithm consider a simple example. Figure 2
illustrates a market with 5 power plants, each with a capacity of 100 MW: PP1, PP2, PP3,
PP4 and PP5, where their dispatch prices (𝐷𝑃𝑛,𝑡 ) are $10, $40, $70, $120 and $160
respectively. The addition of incremental power plants as we move right on the x-axis gives
shape to the supply curve.
If the supply curve does not change over time, the only variable that sets the market
price is the quantity demanded. If during hour one the demand is 250 MW, the market price
18

would be $70, with a generation profile of 𝐴𝐴𝐺𝑃𝑃1,1 = 100 𝑀𝑊ℎ, 𝐴𝐴𝐺𝑃𝑃2,1 =
100 𝑀𝑊ℎ and 𝐴𝐴𝐺𝑃𝑃3,1 = 50 𝑀𝑊ℎ.

Figure 2: Merit list example with constant capacity.
On the other hand, if renewable plants with variable capacity participate in the
market, the only difference is that the supply curve would shift depending on the new
plants’ 𝑀𝐺𝑛,𝑡 . However, the same dispatch order will hold for the thermal plants.
For example, if PP1 and PP2 are intermittent generators and they are only available
at 50% of their nameplate capacity, the supply curve will shift to the left. Now with the
same demand of 250 MW the market price would be $120, with generation
profile 𝐴𝐴𝐺𝑃𝑃1,1 = 50 𝑀𝑊ℎ, 𝐴𝐴𝐺𝑃𝑃2,1 = 50 𝑀𝑊ℎ, 𝐴𝐴𝐺𝑃𝑃3,1 = 100 𝑀𝑊ℎ and
𝐴𝐴𝐺𝑃𝑃4,1 = 50 𝑀𝑊ℎ, as presented in Figure 3.
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Figure 3: Merit list example with variable capacity.
Repeating this process for different demands and capacities for each of the 8760
hours over a year results in the annual observed generation mix and system costs.
Adding the start-up cost
In spite of the fact that in this myopic model start-up costs are not considered when
deciding which facilities to dispatch, this cost could be calculated as shown in equation
(17)
𝑇

𝐼

𝑆𝑡𝑎𝑟𝑡 𝑢𝑝 𝑐𝑜𝑠𝑡 = ∑ ∑ max(𝑁𝐷𝑃𝑖,𝑡 − 𝑁𝐷𝑃𝑖,𝑡−1 , 0) × 𝑆𝐶𝑖

(17)

𝑡=1 𝑖=1

where 𝑁𝐷𝑃𝑖,𝑡 is the number of the dispatched plants of technology 𝑖 ∈ 𝐼, in time 𝑡 and 𝑆𝐶𝑖
is the average start-up cost to activate plants of technology 𝑖. When 𝑁𝐷𝑃𝑖,𝑡 < 𝑁𝐷𝑃𝑖,𝑡−1
plants in technology 𝑖 are shut down and so the start-up cost is $0; there is no shut-down
cost.
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CAPACITY OPTIMIZATION MODEL
The model as presented thus far is capable of a myopic optimal dispatch of installed
capacity during a particular period of time. To determine when it is optimal to install new
technologies it is necessary to estimate and compare LACE and LCOE in each period.
Economic criteria for constructing new power plants
The proposed model starts from the available capacity and adds plants to the system
from the next most “valuable” capacity type. As presented before, when the net value is
positive, e.g. when 𝐿𝐴𝐶𝐸 > 𝐿𝐶𝑂𝐸, this means that a project creates value; therefore its net
present value (NPV) is positive so it is a candidate to be added into the system.
Every time a new megawatt of generation capacity is added, the capacity factor for
all other technologies drops because the new project’s generation will replace other power
plants, assuming demand is constant. Therefore for every new megawatt constructed,
LACE for all technologies will drop until there are no more profitable projects left to add.
This point is when LCOE = LACE for the next most valuable project, and it is referred to
as the equilibrium point.
If demand grows between years, the most efficient plants will be dispatched more
due to the merit list criteria. As a result the LACE for these plants will rise with demand
and new capacity of this technology will be added to the market until the equilibrium point
is reached again.
Economic criteria for removing power plants
At the same time, the model will consider removing plants from technologies that
are not economically valuable to keep online. A case when 𝐿𝐴𝐶𝐸 < 𝐿𝐶𝑂𝐸 does not mean
that plants will be removed, because managers will keep operating while they recover the
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power generation costs, 𝐹𝑂&𝑀𝑛,𝑡 + 𝑉𝑂&𝑀𝑛,𝑡 < LCOE. Moreover LACE < LCOE for any
older technology, and it simply means that no more capacity will be added.
However when 𝐿𝐴𝐶𝐸 < 𝐹𝑂&𝑀, managers would gain more benefit (i.e. lose less)
by shutting down some plants rather than operating them. During this removal process, for
each eliminated megawatt, remaining power plants will increase production to satisfy the
demand, increasing their capacity factors and reducing their LCOE, until the point where
the LACE for the lowest net value technology equals its fixed cost.
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Chapter 4: Model implementation in ERCOT
This chapter provides a brief background description of the Electric Reliability
Council of Texas (ERCOT), which is the system operator in Texas. All the assumptions
and insights into how this particular system is implemented in the model are presented for
comparison to and context for the results described in the next chapter.
ERCOT BACKGROUND

The Electric Reliability Council of Texas (ERCOT) in an independent system
operator (ISO) responsible for 90% of the state's electric load (ERCOT 2016). ERCOT
controls more than 550 generation units resulting in more than 77 GW in available capacity
during the summer. During 2015 almost 350,000 GWh where produced, which is almost a
2.2% increase compared to 2014.

Figure 4: ERCOT Energy and Capacity Mix during 2015.
Figure 4, presents the generation and capacity mix by fuel type. One of ERCOT's
notable characteristics is its wind capacity, which is the largest in the U.S., making this
market one of the cleanest and cheapest in the country (Cochran et al. 2016).
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POWER PLANTS CAPACITY AND GROUPING
Considering the number of power plants and the fast processing objective for our
model, ERCOT power plants are aggregated into 15 different groups that are each managed
as one modular unit. These groups are formed considering the fuel type and the efficiency
of each generator and will be referred to as “technologies”.
The fact that each technology group is analyzed as one unit means that all individual
units will share the same LACE, LCOE, net value and costs simplifying the capacity
expansion model.
All technology categories used in the ERCOT model for 2015 are defined below:
1. Wind: Land-based wind generation in ERCOT, consisting of 123 wind farms adding
13,335 MW of capacity.
2. Wind C: Offshore wind generation in ERCOT, consisting of 12 wind farms adding
1,680 MW of capacity.
3. Solar Photovoltaic (PV): All utility scale PV generation in ERCOT which
corresponds to 15 power plants and 200 MW of capacity.
4. Hydro: All Hydro-electric generation in ERCOT which corresponds to 29 power
plants and 542 MW of capacity.
5. Biomass: All Biomass generation in ERCOT which corresponds to 19 power plants
and 244 MW of capacity.
6. Nuclear: All Nuclear generation in ERCOT which corresponds to 4 power plants and
5,073 MW of capacity.
7. Bitum advance: Represents the above average heat rate bituminous coal power
plants. This group has an average a heat rate of 10.4 MBTU/MWh and consists of 14
generators adding a capacity of 8,117 MW.
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8. Bitum conventional: Represents the below average heat rate bituminous coal power
plants. This group has an average a heat rate of 12.1 MBTU/MWh and consists of 6
generators adding a capacity of 3,945MW.
9. Lignite advanced: Represents the above average heat rate lignite coal power plants.
This group has an average a heat rate of 9.4 MBTU/MWh and consists of 3 generators
adding a capacity of 2,496 MW.
10. Lignite conventional: Represents the below average heat rate lignite coal power
plants. This group has an average a heat rate of 11.1 MBTU/MWh and consists of 6
generators adding a capacity of 1,838 MW.
11. NGCC advanced: Represents the combined cycle power plants with heat rate less
than 7.0 MMBTU/MWh. This group consists in 24 generators adding a capacity of
14,981 MW.
12. NGCC conventional: Represents all the other combined cycle power plants. This
group has an average a heat rate of 8.2 MBTU/MWh and consists of 27 generators
adding a capacity of 14,729 MW.
13. NGBLR: Represents all the natural gas boilers with steam turbines. This group has
an average a heat rate of 12.4 MBTU/MWh and consists of 43 generators adding a
capacity of 11,477 MW.
14. CT advanced: This group represents the most efficient peaking power plants. Its
average heat rate is 9.7 BTU/MWh and adds to 2,661 MW of total capacity.
15. CT: This group represents the inefficient peaking power plants. Its average heat rate
is 11.3 BTU/MWh and adds to 1,749 MW of total capacity.
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NEW TECHNOLOGIES
Due to technological advances and coming regulation, combined cycle and coal
plants constructed in the future may not be well represented by the current technology
groups.
Therefore, we have established two groups to meet the characteristics of the new
candidates.
1. NGCC new: This group represents the new combined cycle technology
which is expected to have a heat rate of 6.8 MMBTU/MWh (Sullivan, Cole,
and Blair 2015).
2. Coal new: This group represents the new coal plants which will be required
to incorporate some 𝐶𝑂2 sequestration system which increases their capital
costs. The average heat rate for this group is expected to be 8.8
MMBTU/MWh

(Rhodes

et

al.,

n.d.;

U.S.

Energy

Information

Adminstration 2013)(IAEA 1984).
All other technologies are well represented by the current plants and the only
changes over time will be the expected power generation and capital costs.
CAPEX for new technologies
Due to technological advances, capital expenditures are expected to change through
time, especially for the new technologies that could see steep drops in costs as they
improve. All the capital expenditure data were taken from NREL’s Annual Technology
Baseline (Sullivan, Cole, and Blair 2015) and from EIA’s Updated Capital Cost Estimates
for Utility Scale Electricity Generating Plants (U.S. Energy Information Adminstration
2013).
Table 2 presents the forecasted capital expenditures until the year 2030 for the new
technologies.
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Year
2016
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030

Wind
$1,788
$1,778
$1,768
$1,757
$1,747
$1,739
$1,732
$1,726
$1,719
$1,713
$1,707
$1,703
$1,700
$1,698
$1,695
$1,694

Wind C
$6,212
$6,084
$5,924
$5,764
$5,604
$5,444
$5,245
$5,045
$4,846
$4,820
$4,795
$4,769
$4,744
$4,718
$4,692
$4,667

PV
$1,905
$1,926
$1,855
$1,784
$1,713
$1,642
$1,587
$1,532
$1,477
$1,423
$1,368
$1,313
$1,259
$1,204
$1,149
$1,094

NGCC new
$1,049
$1,015
$1,011
$1,001
$997
$991
$987
$983
$978
$973
$968
$962
$959
$956
$952
$948

Coal new
$4,766
$4,766
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473
$4,473

CT advanced
$674
$670
$668
$645
$634
$622
$612
$600
$590
$581
$571
$562
$558
$552
$546
$540

Table 1: Capital expenditure from 2015 to 2030 in $/kWh.
POWER GENERATION COSTS
All the cost data for 2015 were taken from EIA’s Updated Capital Cost Estimates
for Utility Scale Electricity Generating Plants (U.S. Energy Information Adminstration
2013). Table 2 presents the 𝐹𝑂&𝑀𝑛,𝑡 and 𝑉𝑂&𝑀𝑛,𝑡 costs for 2015.
𝑉𝑂&𝑀𝑛,𝑡 are expected to remain constant though time and 𝐹𝑂&𝑀𝑛,𝑡 costs are
expected to change in the future according to NREL’s Annual Technology Baseline
(Sullivan, Cole, and Blair 2015). Table 3 presents the forecast for the 𝐹𝑂&𝑀𝑛,𝑡 costs until
2030 for the technologies that are candidates to be built in the future.
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Technology

FO&M
k$/MWyear
$50.00
$127.00
$16.00
$14.13
$89.54
$105.00
$28.37
$28.37
$28.37
$28.37
$14.14
$12.53
$5.62
$7.04
$7.34
$52.00
$14.00

Wind
Wind C
PV
Hydro
Nuclear
Biomass
Bitum advance
Bitum conventional
Lignite advance
Lignite conventional
NGCC advance
NGCC conventional
NGBLR
CT advance
CT
Coal new
NGCC new

VO&M
$/MWh
$0.00
$0.00
$0.00
$0.00
$4.00
$9.50
$4.47
$4.47
$4.47
$4.47
$3.27
$3.60
$8.00
$10.37
$15.45
$4.47
$3.27

Table 2: FO&M and VO&M costs for 2015.
On the other hand, variable fuel cost (𝑉𝐹𝑛,𝑡 ) and variable emission costs (𝑉𝐸𝐶𝑛,𝑡 )
change depending on fuel prices (𝛱𝐹𝑢𝑒𝑙𝑡 ) and on COs prices (𝛱𝐶𝑂2𝑡 ), respectively. The
fuel prices (𝛱𝑓𝑢𝑒𝑙 ) were taken from the DOE Energy Outlook 2015 (U.S.DOE 2015) and
are presented in Table 4.
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Year
2016
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030

Wind
$50
$50
$50
$50
$49
$49
$49
$49
$49
$48
$48
$48
$48
$48
$48
$47

Wind C
$127
$121
$119
$116
$113
$111
$109
$107
$106
$105
$104
$103
$102
$101
$100
$99

PV
$16
$15
$13
$11
$9
$8
$8
$8
$8
$8
$8
$8
$8
$8
$8
$8

CT advance
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7
$7

Coal new
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52
$52

Table 3: FO&M in $/kW-year by technology for all years.
Year
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030

Bituminous
$/MMBTU
$2.12
$2.1
$2.1
$2.2
$2.2
$2.2
$2.2
$2.2
$2.3
$2.3
$2.3
$2.3
$2.3
$2.4
$2.4
$2

Lignite
$/MMBTU
$2.58
$1.6
$1.7
$1.7
$1.7
$1.7
$1.8
$1.8
$1.8
$1.8
$1.8
$1.9
$1.9
$1.9
$1.9
$2

Table 4: Fuel prices from 2015 to 2030
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Natural Gas
$/MMBTU
$3.69
$3.70
$3.80
$4.21
$4.55
$4.88
$5.02
$5.09
$5.25
$5.35
$5.46
$5.67
$5.67
$5.67
$5.71
$5.69

Uranium
$/MWh
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80
$0.80

NGCC new
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14
$14

START-UP COST
Start-up cost were taken from the ERCOT’s Generic Database Characteristic
(ERCOT 2013). Table 5 provides the start-up cost to bring online a previously offline plant
online by technology.

Technology
Biomass
Bitum advance
Bitum conventional
Lignite advanced
Lignite conventional
NGCC advanced
Ngcc conventional
Ngblr
CT advanced
CT
New coal
New cc

Start-up
Cost
$2,500
$5,000
$5,000
$5,000
$5,000
$31,606
$27,970
$12,884
$811
$1,827
$5,000
$31,606

Table 5:Start-up cost by technology
SCHEDULED MAINTENANCE
Due to physical limitations, base load power plants need to be full stopped for
maintenance at least once a year. This process is coordinated by ERCOT so that power
plants are offline evenly across the low demand periods (spring and fall) to avoid reliability
issues. Table 7 presents the maximum capacity (𝑀𝐶𝑛,𝑡 ) adjustment on a percentage basis
by technology and by month that we used to approximate these maintenance periods. For
example, we reduced the maximum capacity of all advanced lignite plants by 20% in
March, April, October, November and December to reflect historical maintenance
activities. The data was estimated empirically by matching the monthly generation mix
from ERCOT’s demand and energy report from 2015 (ERCOT 2015c).
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Technology
Nuclear
Biomass
Bitum advance
Bitum conventional
Lignite advance
Lignite conventional
NGCC advance
NGCC conventional
NGBLR
CT advance
CT
Coal new
NGCC new

Jan

Feb

Mar

Apr May
-25% -25%

Jun

Jul

Aug

-5%
-5%
-5%

-5%
-5%
-5%

-20%
-20%
-20%
-20%
-5%
-5%
-5%

-20%
-20%
-20%
-20%
-5%
-5%
-5%

-5%
-5%
-5%

-5%
-5%
-5%

-5%
-5%
-5%

-5%
-5%
-5%

-5%

-5%

-20% -20%
-5% -5%

-5%

-5%

-5%

-5%

Sep

Oct Nov
-25% -25%

Dec

-5%
-5%
-5%

-20%
-20%
-20%
-20%
-5%
-5%
-5%

-20%
-20%
-20%
-20%
-5%
-5%
-5%

-5%

-20% -20% -20%
-5% -5% -5%

-20%
-20%
-20%
-20%
-5%
-5%
-5%

Table 6: 𝑀𝐶𝑛,𝑡 adjustment by technology and per month
WIND AND SOLAR GENERATION PROFILE
The wind generation profile represents how much of the total installed wind
capacity on a percentage basis is available each hour of the year. This data was obtained
using the 2014 synthetic profiles from AWS Truepower published on ERCOT’s web page
(Truepower 2014). The solar generation profile was obtained using the climate information
form the NREL’s National Solar Radiation Data Base (NREL 2005) for the city of El Paso,
as a representative area for all solar generation in ERCOT.
Both generation profiles are considered constant through time. Therefore the hourly
generation for these technologies is calculated by multiplying the hourly profile times the
total generation available for each technology during a particular year. Appendix 1 presents
all the wind and solar generation curve data hour-by-hour.
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HOURLY DEMAND

During 2015 the total load in ERCOT was 347,604 GWh (ERCOT 2015c), 2.2%
higher than in 2014. The maximum 2015 daily load capacity was 69.88 GW in August,
1.2% higher than the maximum daily load of 2014, also in August. During 2015, the
minimum daily load capacity was 45 GW, 0.2% less than in 2014 (both of these minimum
levels occurred during the month of December).
The demand data for the year 2015 was obtained for ERCOT’s hourly load data
(ERCOT 2015d) and is presented in Appendix 1. For the remaining years, demand and
peak capacity are projected to increase by 1.5% year–over-year consistent with ERCOT’s
growth assumptions (ERCOT 2014).
OTHER ASSUMPTIONS
1. Interest rate: All technologies will have a 8.1% after tax WACC for the LCOE
calculation, in order be consistent with the U.S. Energy Information Administration
assumptions (U.S. Energy Information Adminstration, 2014).
2. No unserved demand: In order to build new power plants during the capacity
expansion, a very expensive technology with unlimited capacity is added last on
the merit list to satisfy all the demand. Because this technology is expensive the
model is forced to replace it with new more efficient and cheaper technologies. This
method is also known as the peaking method.
3. Emission costs: The possibility of emission costs, like a hypothetical 𝐶𝑂2 tax, are
not considered for the initial scenario, but we will include these costs in an
examination of future scenarios in latter chapters.
4. Ancillary services: Ancillary services are not part of the dispatch algorithm
implemented in the model; however, they are assumed to add $1.6 per MWh to the
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total system cost

as in 2014 independent of the dispatched technologies

(PotomacEconomics 2014).
5. CO2 emissions: Carbon dioxide emissions are based on EIA estimates (EIA 2016).
6. Capacity expansion size: Every new capacity removal or expansion occurs in
representative steps based on assumptions of the average plant sizes, e.g. nuclear
projects are added in incremental gigawatts. Table 7 presents the capacity expantion
steps.
Technology
Wind
Wind C
PV
Hydro
Nuclear
Biomass
Bitum advance
Bitum conventional
Lignite advance
Lignite conventional
NGCC advance
NGCC conventional
NGBLR
CT advance
CT
Coal new
NGCC new

Capacity expansion
step size MW
50
50
50
50
1200
15
500
500
500
500
1000
1000
250
50
50
500
1000

Table 7: Capacity expansion step size per technology
7. New environmental restrictions: In the initial scenario there are no new
environmental regulations over the 2015-2030 time period, e.g., there is no explicit
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federal carbon tax or required national cap and trade. As previously mentioned,
subsequent chapters will explore sensitivities to the initial scenario.
8. Planed capacity: Planned wind and solar resources with executed standard
generation interconnection agreement (SGIA) will be forced into the generation
mix, as presented in Table 8.
Wind
2016
2017
2018

Wind
1,711
6,808
7,58

Wind C
3,67
924
0

PV
95
1,494
108

Table 8: Planned wind and solar resources with executed SGIA
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Chapter 5: Results
This chapter presents the results obtained from the model for years 2014 and 2015,
along with the results for the capacity optimization model until 2030.
MODEL RESULTS FOR 2014
Annual results 2014
Figure 5 presents the annual generation mix results from running the model with
the 2014 assumptions. As can be seen, the results from the model are close to the actual
ERCOT outcomes during 2014. We note that the close match for wind generation is due to
the fact that the wind profile was taken from this year, so this similarity was expected and
is not attributable to the dispatch algorithm.

Figure 5: Annual generation by fuel type for 2014
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Nuclear generation was also expected to be close to the actual results because this
is the cheapest base load technology and it is running almost all year at maximum capacity.
Nevertheless, coal and gas generation were also close to the actual results, which is an
indication that the model is producing reasonable estimates.
In terms of total cost, the average electricity price from the model was $39.87 per
MWh which is similar to the ERCOT’s 2014 average price of $40.64 per MWh (ERCOT
2015b). This represents only a 1.89% error that can be explained by the higher number of
degrees of freedom from the myopic relaxation.
Finally the estimated total 𝐶𝑂2 emissions were 198 gigatons which translates into
a carbon intensity of 1163 lb. of 𝐶𝑂2 per MWh. We have not been able to find official
ERCOT estimates of the actual CO2 emissions.
Monthly results 2014
Figure 6 presents the percentage monthly difference between the model results and
the actual ERCOT data. A negative number means that the model predicted more
generation than the actual data. The biggest differences occurred during the summer
between coal and natural gas technologies where that the model overestimates gas
generation. One possible explanation for this could be fuel price volatility during the year
or the efficiency reduction of combined cycle plants during the summer due to the high
ambient temperatures. Nevertheless, these effects are reversed during the winter months,
which reduces the aggregate difference. Wind generation does not match exactly because
the model assumes that the wind capacity is the same for the whole year, which in reality
is not true because some wind farms where constructed during 2014.
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Figure 6: Monthly percentage differences between model result and actual data 2014
MODEL RESULTS FOR 2015
Annual results for 2015
Figure 7 presents the annual aggregate results from the model running with the
2015 assumptions. These results are also similar to the actual data but not quite as accurate
as the previous year. In this case, wind generation follows the generation profile from 2014
which on aggregate is similar to the actual data, but some differences exist in the monthly
results.
Nuclear energy was not a perfect match in 2015, which is probably due to the
increased wind generation, which is dispatched before any other technology and could
displace a small amount of nuclear generation. Coal and gas generation were also t different
from the actual data, which may have been because of fuel price volatility during 2015.
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Figure 7: Annual generation by fuel for 2015
The predicted average price for 2015 increased from $39.52 to $43.22 per MWh, a
6.35% increase over 2014 likely due higher natural gas prices. This result cannot be
compared to ERCOT’s actual data because the actual 2015 average price has not been
released as of the time of this writing. Finally the estimated total 𝐶𝑂2 emissions decreased
to 184 gigatons which translates into a carbon intensity of 1061 lb. of 𝐶𝑂2 per MWh. This
7% reduction from 2014 is due to coal plant retirements and new wind and solar capacities.
LCOE and LACE results
One of the main capabilities of a dispatch model is the ability to estimate LCOE
with the actual capacity factors and LACE using the fuel prices, capacity and demand from
a specific market. This is important because LCOE and LACE are typically published as
national average values, which can be misleading, especially for renewables.
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Table 9 presents the LCOE and LACE values from the model during 2015. Old
technologies like NGBLR and Bituminous coal plants are not considered because LACE <
LCOE for these obsolete technologies. As can be seen, solar has the highest LACE for a
non-peaker plant ($45.27), because PV technology is at full capacity during the afternoon
when prices are higher, creating a competitive advantage compared to other renewables
like wind.
Coal has the lowest LACE of the base load generators due to the possibility of new
𝐶𝑂2 regulations which might require some sort of carbon sequestration. Suggesting that
the new coal technologies too expensive to enter the market. New combined cycle (New
CC) appears as the main candidate to enter the market with a net value close to $0.
Technology
Wind
Wind C
PV
Nuclear
New CC
New coal
CT advance

LCOE
$/MWh
$67.31
$218.90
$98.12
$96.79
$41.36
$92.65
$113.11

LACE
$/MWh
$33.53
$33.53
$45.27
$37.68
$37.24
$37.67
$78.13

Net Value
$/MWh
-$33.77
-$185.36
-$52.85
-$59.11
-$4.13
-$54.98
-$34.98

Table 9: LCOE and LACE results for 2015
The previously described assumptions comprise the current trend scenario for the
capacity expansion model.
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MODEL RESULTS FROM 2015 TO 2030 WITH CAPACITY EXPANSION
New capacity
The capacity of some technologies remained constant but Table 10 presents the
forecasted capacity changes over 2016 and 2030. Wind, Wind C and PV capacities during
2016, 2017 and 2018 (in italics) are forced into the model, in order to satisfy the assumption
that all projects with executed SGIA will be constructed.
Year
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
Total

Wind
1,711
6,808
758
0
0
0
0
0
0
0
0
0
0
0
0
9,278

Wind C
367
924
0
0
0
0
0
0
0
0
0
0
0
0
0
1,291

PV
95
1,494
108
0
0
0
0
0
0
0
1,000
1,750
2,500
3,000
3,500
13,447

Bitum conv
-1,000
-1,500
0
0
0
0
0
0
0
0
0
0
0
0
0
-2,500

CT adv
1,500
1,250
0
0
1,000
500
750
500
750
500
0
250
250
0
0
7,250

NGCC new
500
1,000
0
0
500
500
500
500
500
1,000
500
0
0
0
0
5,500

Table 10: Capacity expansion by technology current trends scenario in MW.
PV technology leads the new capacity expansion with 13,447 MW, an additional
11,750 MW, beyond those with SGIA due to the forecast reduction in capital expenditure
for solar panels. The only new wind incorporated is forced into the model by the existence
of SGIA.
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On the thermal side, CT adv. technology has the biggest expansion with 7,250 MWs
to cover the higher peaks. Then NGCC new follows with 5,500 MWs due its low
operational and capital expenditure that situates this technology as the base load leader.
3,500 MW of coal are retired and there is no expansion using the Coal new technology due
its high cost.
Figure 8 presents the change in capacity mix between ERCOT 2015 and the 2030
model results. The model expands the capacity of Wind, PV (included in other category)
and natural gas while no nuclear plants are constructed and some coal is decommissioned.
The low natural gas prices explain the lack of new nuclear plants and shutting down of
coal. The 2030 capacity mix has 34% renewable energy, showing the availability of clean
and cheap energy in Texas relative to some other markets.

Figure 8: ERCOT’s actual capacity mix in 2015 versus 2030 result from the model.
The gross investment for this new capacity expansion is estimated to be $51 billion
in total, and a present value of $35 billion, using the assumed WACC of 8.1% for all
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technologies. Most of this investment is expected to go to PV with $17 billion, wind with
$16.4 billion and wind C with $7.7 billion. All the thermal expected investment adds to
$10 billion.
Energy generation and CO2 emission results
Figure 9 presents the fuel energy mix that results from the current trend
assumptions. The left axis represents the total generation for each year, the right axis
represents the annual average price per MWh, and the x-axis represents the years.
As expected, natural gas replaced some coal generation during 2016 and 2017 (see
Table 10) expanding its total annual generation from 164 GWh in 2016 to 196 GWh in
2030. This substitution and higher natural gas prices are the main reasons why electricity
prices increased from $47 in 2018 to $57 in 2021. Wind also expands its energy generation
from 46 GWh in 2016 to 80 GWh in 2019 as new projected wind farms are constructed.
From 2020 to 2026 only natural gas technologies expand their capacities, keeping
the market prices stable in spite of the growing fuel prices. This is explained by the
efficiency improvement from the CT adv. and NGCC new technologies.
Finally from 2026 to 2030 PV technology enters the market in large amounts
reducing both electricity prices and the carbon emissions.
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Figure 9: Fuel energy mix results from model.
Figure 10 shows how carbon intensity declines from 1058 lb. of 𝐶𝑂2 per MWh in
2015 to 870 lb. of 𝐶𝑂2 per MWh in 2030, an average annual decline of 1.3%. However the
total carbon emission increased from 184 gigatons in 2015 to 186 gigatons in 2030 because
the increase in total generation due to increasing demand offsets the per MWh reduction in
carbon intensity.
Finally, Figure 11 shows the annual generation mix by fuel from ERCOT’s 2015
actual data versus the estimated from the model in 2030. Coal generation is expected to
drop from 28% in 2015 to 20% in 2030 representing the biggest loss in percentage of the
generation mix.
On the other hand wind expands from about 12% to 17%, helping lower electricity
prices and carbon emissions. Renewable generation increases from 12% in 2015 to 24% in
2030 by taking advantage of the lower capital expenditures and higher gas prices.
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Figure 10: Carbon intensity from 2016 to 2030.

Figure 11: Annual generation by fuel from 2015 to 2030
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Chapter 6: CO2 Tax Sensitivity Analysis
Concern about anthropogenic climate change could lead politicians and regulators
to impose a 𝐶𝑂2 tax or some other measure to attempt to reduce greenhouse gases. One
example is the EPA’s clean power plan (CPP) which, as first proposed in 2014, aimed to
reduce carbon dioxide emissions from electrical power generation by 32% relative to 2005
levels within fifteen years (EPA 2015a).
Under this first iteration of the CPP, ERCOT would have been required to meet an
interim 𝐶𝑂2 emissions limit of an average of 853 lb. of 𝐶𝑂2 per MWh during the period
from 2020 to 2029, and a final limit of an average of 791 lb. of 𝐶𝑂2 per MWh from 2030
onward (ERCOT 2015a). ERCOT estimated that the implementation of the CPP would
have a significant impact on the planning and operation of the ERCOT grid, especially to
current coal plants (ERCOT 2015a). This chapter describes the projected effects on
electricity cost, investments and emissions from different price scenarios of carbon dioxide
emissions cost.
CARBON COST SCENARIOS
Current estimates of the “fair” price for CO2 vary from $20 (ERCOT 2015a) up to
$80 per ton of 𝐶𝑂2 (Exxon 2015). Therefore we will present three 𝐶𝑂2.pricing scenarios:
$20, $40 and $60 tax per ton. Then we will analyze in detail the extra investment needed
for new capital, the incremental impact on the cost of electricity, and the total carbon
emission reduction.
RESULTS
Table 11 presents the results summary. The extra investment cost is the total
difference between the new capacity investment from each 𝐶𝑂2 price scenario and the
current trends scenario, discounted at the assumed WACC of 8.1%.The extra energy cost
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is the difference between the annual energy expenditure from each scenario and the current
trends, discounted at EPA’s average rate of 4% (EPA 2013).
Descriptions
2030 average price
Carbon Intensity 2030
CO2 total emissions until 2030
PV Extra cost of electricity
PV Extra cost of investment
Total extra cost MM
% Texas GDP in 2014
All wind adds
PV add
CC add
CT add
Wind generation in 2030
Nuclear generation in 2030
Coal generation in 2030
Natural gas generation in
2030
PV generation in 2030

Units
$/MWh
lb. CO2/MWh
Gigatons
million
million
million
%
MW
MW
MW
MW
%
%
%

$0
$59
869
2,701
$0
$0
$0
0%
10,569
13,447
5,500
7,250
18%
9%
21%

$20
$65
659
2,086
$63,694
$11,549
$75,243
5%
10,569
25,947
10,000
6,500
18%
9%
7%

%
%

45%
6%

53%
11%

$40
$60
$73
$78
526
454
1,771
1,642
$133,908 $182,991
$23,549 $35,270
$157,457 $218,261
11%
15%
10,569
20,569
37,697
39,447
14,500
11,500
0
0
18%
25%
9%
9%
0%
0%
56%
17%

48%
17%

Table 11:𝐶𝑂2 scenario analysis results
Under the base case scenario, the 2030 carbon intensity declines to 870 lb. 𝐶𝑂2 per
MWh which is an average annual reduction rate of 4%. This decline is mainly driven by a
reduction in coal generation and addition of solar energy starting in 2026. However this
carbon intensity is above the goal proposed by the CPP, and therefore some changes in the
cost of 𝐶𝑂2 would be required to meet this regulatory target.
Under the $20 cost of carbon scenario, carbon intensity is reduced by an annual
average rate of 9%, reaching 659 lb. 𝐶𝑂2 per MWh, which is significantly lower than the
791 lb. 𝐶𝑂2 per MWh for 2030 proposed by the CPP. This reduction is mainly explained
by a large reduction in coal generation, from 28% in 2016 to 7% in 2030 and an expansion
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of solar generation from 0% to 11% during the same period of time. However, an
equivalent annuity of the costs is 7 billion per year, or roughly 10% of the average total
estimated benefit from the CPP for the entire US (EPA 2015b).
Under $40 cost of carbon scenario, carbon intensity is reduced by an annual average
rate of 13%, reaching 526 lb. 𝐶𝑂2 per MWh, which is significantly lower than the 791 lb.
𝐶𝑂2 per MWh for 2030 proposed by the CPP. This reduction is explained by the
decommissioning of all of coal generation and an expansion of solar generation from 0%
in 2016 to 17% in 2030. However, an equivalent annuity of the cost of this scenario is 14.8
billion, roughly 20% of the average total estimated benefit from the CPP in the entire US
(EPA 2015b).
Finally the $60 cost of carbon scenario, carbon intensity is reduced by an annual
average rate of about 16%, reaching 454 lb. 𝐶𝑂2 per MWh, which is significantly lower
than the 791 lb. 𝐶𝑂2 per MWh for 2030 proposed by the CPP. In addition to the coal
decommissioning and 17% solar expansion associated with the $40 scenario, wind
generation also increases from 18% to 25% in the same period time. An equivalent annuity
of the cost of this scenario is 20.5 billion, roughly 28% of the average total estimated
benefit from the CPP in the entire US (EPA 2015b).
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SEARCHING FOR THE OPTIMAL CO2 PRICE
As presented above, the $20 per short ton of 𝐶𝑂2 scenario results in a lower carbon
intensity than the limit proposed on the CPP. Therefore the next question is, what is the
minimum price per short ton of 𝐶𝑂2 that is needed to satisfy the CPP limit?
An advantage of this model is that it can iterate in order to find the minimum carbon
tax to reach any target. For example, the 791 lb. 𝐶𝑂2 per MWh CPP goal is achieved with
a price of $11 per short ton of 𝐶𝑂2. Figure 12, presents the carbon intensity for the year
2030 depending on the carbon tax per short ton of 𝐶𝑂2 starting in 2016.

Figure 12: Carbon intensity on 2030 depending the cost per short ton of 𝐶𝑂2 in 2016.
As can be seen on Figure 12, the curve declines in steps because the carbon intensity
is not affected until a new technology pushes out an old technology Further, our assumption
of uniformity within technology groups results in all of the old technology being
decommissioned at one time. In reality, some members of a technology class might still be
economic and we might want to think about “smoothing” Figure 12. However, this all-ornothing characteristic is important to consider when choosing a carbon price because
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adding an extra dollar may not lead to any decrease in emissions and may simply increase
generation costs. For example, increasing the cost of 𝐶𝑂2 from $10 to-$14 has no impact
on the carbon intensity in Figure 12 because until prices reach $15 it is not economic to
replace older high emission technologies.
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Chapter 7: Reserve Margin in Time
The main benefit of having an electricity market with high penetration of renewable
energies is potential reductions of 𝐶𝑂2, but the costs include potential reliability impacts
on the system due to the intermittent nature of these technologies. One of the key
measurements for security in an electric market is called the reserve margin which is
calculated as (ERCOT 2002) :

𝑅𝑒𝑠𝑒𝑟𝑣𝑒 𝑚𝑎𝑟𝑔𝑖𝑛 % =

𝑅𝑒𝑠𝑜𝑢𝑟𝑠𝑒𝑠 𝑎𝑣𝑎𝑙𝑎𝑏𝑙𝑒𝑡 𝑀𝑊
−1
𝑀𝑎𝑥 𝑙𝑜𝑎𝑑𝑡 𝑀𝑊

(18)

where 𝑟𝑒𝑠𝑜𝑢𝑟𝑐𝑒𝑠 𝑎𝑣𝑎𝑖𝑙𝑎𝑏𝑙𝑒𝑡 represents ERCOT’s installed thermal generation capacity
in megawatts plus 100% of the DC tie capacity, plus 12% of the non-costal wind capacity
and plus 50% of the costal wind capacity installed during the summer peak in the year t
(ERCOT 2015e). 𝑀𝑎𝑥 𝑙𝑜𝑎𝑑𝑡 is the maximum summer peak demand during year t.
Currently there is no methodology to add utility scale solar into the resources
available (ERCOT 2015e), so for this work we will assume a value of 50%. This estimate
represents the smallest available solar capacity in the summer from 3pm to 5pmwhen the
peak is expected.
ERCOT’s reserve margin target is 13.75% (Anderson 2013), which is smaller than
the North American Electric Reliability Corporation (NERC) recommendation of about
15% for predominately thermal systems (NERC 2016) like ERCOT.
CURRENT TRENDS RESERVE MARGIN
Using equation (18) and the assumptions from the current trend scenario we can
estimate the reserve margin from 2016 until 2030 as shown in Figure 13. As can be seen
the reserve margins are relatively stable between 10.3% and 13.14%, but always below the
target line of 13.75%, as predicted in ERCOT’s long term planning report from 2014
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(ERCOT 2014). The main explanation for this phenomena is the fact there are not explicit
incentives to build peakers, e.g. a capacity payment, that can assure the target reserve
margin for the future.

Reserve Margin [%]

14.0%
13.0%
12.0%
11.0%
10.0%
9.0%
8.0%
2016

2018

2020

2022

2024

2026

2028

2030

Year

Figure13: Reserve margin over time.
RESERVE MARGINS UNDER AGGRESSIVE RENEWABLE SCENARIOS
One possible implication of a capacity expansion in renewables is a reduction in
the LACE value for thermal generators which could impact the reserve margin. In order to
analyze this possibility, two more scenarios are presented and compared to the current
trends to observe the changes in the reserve margin. First, we consider an aggressive wind
scenario where 18 GW of wind are added in 1.2 GW steps from 2016 to 2030, virtually
doubling ERCOT’s 2015 wind generation. Second, an aggressive solar scenario where 18
GW of solar are also added between 2016 and 2030 is also considered.
Figure 14 presents the reserve margin over time for these three scenarios. Assuming
only 50% of solar capacity is actually available, the aggressive solar scenario presents the
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highest reserve margins and is the only scenario where ERCOT’s 13.75% target is
(temporarily) achieved in 2017.
The aggressive wind scenario does not show any significant difference compared
to the current trend scenario because the 18 GWs of wind that are added is almost the same
as the additions of natural gas and solar generation under the current trends scenario.

Figure 14: Reserve margin under aggressive renewable scenarios.
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Chapter 8: Conclusions
As presented in this thesis, the described Excel model is able to replicate ERCOT’s
energy mix and electricity prices for one year with an error of around 5% in less than one
second of run time. Also this model can forecast capacity expansion and provides
predictions similar to ERCOT’s long term system assessment in 2014 (ERCOT 2014). In
addition the model is able to estimate the carbon emissions and reserve margins among
other measures of system performance.
The model predicts that the biggest change in the ERCOT market from 2016 to
2030 will be the almost 14 GW of solar capacity expansion that will start in 2026. These
solar additions reduce prices during peak hours and the carbon emissions for the whole
system. However, they may also impact system reliability.
Overall the model estimates that average price in ERCOT will increase to $60 per
MWh in 2030 due to the retirement of some coal plants and the expected rise in natural gas
prices.
The model also estimates the impact of a carbon tax between $20 and $60 per short
ton of 𝐶𝑂2. A price of $20 would increase the present value of operational and capital costs
from 2016 to 2030 by$75 billion; a price of $60/to leads to an increase of $218 billion.
The model shows that in the current trend scenario ERCOT’s reserve margin target
of 13.75% is not reached. Further, it takes substantial additions of both wind and solar to
increase the reserve margin significantly.
Finally this thesis accomplishes the objective of building a model that simulates the
operations of ERCOT over the next fifteen years with relatively short (i.e., less than 5
minute) run times. Therefore this model can be a useful tool for researchers, managers and
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policy-makers to understand the basic behavior of ERCOT and how different policies and
assumptions are likely to impact that behavior in the future.
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