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Abstract 

 

Study of Alternating Anionic Surfactant and Gas Injection in 

Carbonate Cores 

  

Pinaki Ghosh, M.S.E 

The University of Texas at Austin, 2016 

 

Supervisor:  Kishore K. Mohanty 

 

A major portion of the oil across the world is contained in carbonate reservoirs. 

Most of the carbonate reservoirs are typically oil-wet or mixed-wet, hence water-flooding 

processes have low oil recovery. Hence the most common mechanisms applied to increase 

the recovery are through wettability alteration and ultra-low interfacial tension (IFT) 

formulations with the addition of surfactants, or gas injection to have immiscible and 

miscible displacement processes, or combination of these processes. Secondary immiscible 

gas floods have been applied for several years in carbonate reservoirs and the typical 

recovery is found to be around 35-40% OOIP. The problems associated with many gas 

injection processes are the inefficient gas utilization, poor sweep efficiency, and low 

incremental oil recovery due to viscous instability (channeling or fingering) and gravity 

segregation. These are mainly caused by rock heterogeneity as well as the low density and 

viscosity of the injected gas. To address these drawbacks foam can be injected into the oil 

reservoir by co-injection of surfactant solution and gas, or by surfactant-alternating-gas 

(SAG) mode. The strategy implemented here is to inject a surfactant that causes wettability 
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alteration or ultra-low IFT to recover additional oil followed by gas injection which helps 

in generation of foam and provides mobility control to achieve better sweep efficiency. 

The main objective of this research is to study the effect of slug size variation on oil 

recovery in surfactant-alternating-gas (SAG) processes for carbonate rocks using a 

wettability alteration anionic surfactant solution.  

The bulk foam stability in the presence and absence of the crude oil were studied 

for several surfactants. In addition, phase behavior studies and wettability alteration 

experiments were performed with the crude oil to screen the surfactant solutions. A 

propoxy sulfate surfactant, Alfoterra (0.5 wt%) was found to be optimal for these studies. 

Coreflood experiments in the absence of oil were performed in outcrop Texas Cream 

limestone rocks to measure the apparent foam viscosity and single phase pressure drop in 

presence of 80% quality foam, in comparison to 80% quality gas-brine co-injection as a 

base case. The resistance factor (measured as the ratio of pressure drop with foam and 

without foam) was found to be 3.5. Coreflood experiments with surfactant-alternating-gas 

(SAG) mode were performed in oil aged reservoir limestone rocks and outcrop carbonate 

rocks using Alfoterra (0.5 wt%). The coreflood experiments with a single slug of 0.5 PV 

surfactant solution showed additional oil recovery of about 25% OOIP in the outcrop rock. 

The average pressure drop during the experiment was in the range of 5-15 psi. The 

coreflood experiments with limestone rocks from a reservoir showed an additional oil 

recovery of about 25% OOIP for 0.1 PV slug size and smaller slug size injection of 0.05 

PV showed an additional oil recovery of about 28% OOIP. The average pressure drop 

recorded was comparatively higher in the range of 40-60 psi for smaller slug sixe injection. 

Smaller slug size leads to higher oil recovery. The dynamic adsorption measured for Alf 

S23-7S-90 (S1) in Texas Cream limestone rock was found to be about 0.112 mg/gm of 

rock.   
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Chapter 1:  Introduction 

The first chapter of this thesis discusses the motivation for enhanced oil recovery 

in carbonate reservoirs and the potential challenges in gas injection processes. It also 

includes the importance of foam application as a mobility control in carbonate reservoirs, 

which leads to incremental oil recovery. Finally, it provides the working principle for this 

research along with the research objectives of this thesis and an overview of the remaining 

chapters.  

 

1.1 MOTIVATION FOR APPLICATION OF EOR IN CARBONATE RESERVOIRS  

Schlumberger market analysis reported that carbonate reservoirs are estimated to 

have more than 40% of the gas reserves and 60% of the oil reserves worldwide 

(Schlumberger Market Analysis, 2007). Figure 1.1 shows a map of distribution of 

carbonate reservoirs across the world. Most of these carbonate reservoirs are believed to 

be oil-wet or mixed-wet compared to sandstones which are predominantly water-wet. The 

negatively charged carboxylic ions in the oil adhere to the carbonate surface, which has a 

positive zeta potential (Seethepalli et al, 2004). Carbonate rocks typically have a complex 

pore structure and the heterogeneity exists in all scales- in the pores, in the grains, and in 

the textures. Due to this heterogeneity the average recovery factor (the ratio of recoverable 

oil to the volume of oil originally in place) has been reported to be around 35% 

(Schlumberger, 2007). Although in some reservoirs due to heterogeneity, water-flooding 

has been reported to have recovery factors as low as 10% (Montaron, 2005). The remaining 

oil after secondary recovery is either residual oil trapped in the swept portion of the 

reservoir or oil bypassed in the unswept/oil-wet portions of the reservoir. Hence the target 

oil reserves for enhanced oil recovery process in carbonates are significant.  
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Figure 1.1: World distribution of carbonate reservoirs (Schlumberger Market Analysis, 

2007) 

 

Immiscible gas injection is a proven enhanced oil recovery method, especially for 

light oil reservoirs. The primary motivation of gas injection is to improve the displacement 

efficiency and reduce the residual oil saturation obtained after the waterflooding process 

(Cable et al., 2004). Gas processes have high displacement efficiency and usually result in 

a low oil residual oil saturation at places where the gas comes in contact with the oil. But 

the main challenge for gas injection EOR processes is to improve the sweep efficiency, 

mainly for heterogeneous reservoirs, hence the need for mobility control. 

 

1.2 POTENTIAL CHALLENGES IN GAS INJECTION PROCESSES 

Although gas injection is a proven enhanced oil recovery process, the potential 

challenges for application in carbonate reservoirs are: viscous instability, fingering, and 

gravity override. Viscous instability is a result of the differences in viscosity of the 
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displacing fluid (gas) and the displaced fluid (oil and water). This leads to a poor sweep 

efficiency of the displacing fluid due to adverse mobility control and hence lower oil 

recovery as shown in Figure 1.2.a. Fingering, on the other hand, is a result of the 

heterogeneity in the porous medium which leads to channeling of the displacing fluid (gas) 

through higher permeable regions and bypasses a significant amount of oil in the lower 

permeable region and reduces the oil recovery of the process as shown in Figure 1.2.b. 

Finally, gravity override is caused by the density difference between gas and the displaced 

fluid (oil and water). This process leads to the segregation of gas in the upper part of the 

reservoir since gas is a lighter fluid and leaves behind a significant amount of remaining 

oil in the reservoir as shown in Figure 1.2.c (Belgrave and Win, 1993). These all challenges 

lead to the importance of mobility control of the displacing fluid for higher oil recovery.  

 

           

         (a)      (b)    (c) 

Figure 1.2:  Potential challenges in gas injection: (a) Viscous instability (b) Fingering (c) 

Gravity override 

The most common method used for mobility control has been the injection of 

polymers into the reservoirs. Polymer flooding increases the viscosity of the injected water, 

contributing to enhanced mobility control and stability, reduces the viscous fingering and 

diverts the displacing fluid to generally bypassed oil regions during a water or gas flood 

(Martel et al., 1998). This leads to an increase in the sweep efficiency of the process. Figure 
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1.3 shows how a decrease in mobility ratio can dramatically improve the areal sweep 

efficiency of a typical polymer flood.  

Unfortunately, the injectivity during polymer floods in tight carbonates are low 

(Delamaide et al., 2014).  Poor injectivity might be a result of incompatibility between the 

injection brine and the polymer, incompatibility between the formation brine and the 

polymer, low permeability, and due to contamination in the surface facilities (Caenn et al., 

1989). Hence it is recommended that the reservoir has a permeability of at least 20 mD 

(Lyons and Plisga, 2011) for good injectivity, whereas carbonate reservoirs have generally 

permeabilities lower than 20 mD. In addition, carbonate reservoirs often contain hard brine 

which reduces polymer viscosity and increases adsorption. Another drawback for the 

application of polymer flooding is that the carbonate reservoirs tend to have a wide 

distribution of pore sizes and the large sized polymer molecules tend to be bigger than 

some of the pores. The small pores which cannot be entered by polymers are called 

inaccessible pore volume, thus leaving a significant amount of unswept oil in the smaller 

pores. Some carbonate reservoirs have also been found to have high temperature, which is 

detrimental to the stability of the polymers. As a result of all these drawbacks, application 

of polymer flood is not a viable option for mobility control in carbonate reservoirs, 

especially in tight carbonates.   
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Figure 1.3: Areal sweep schematic of a polymer flood for mobility control (Caenn et al., 

1989). 

1.3 MOTIVATION FOR APPLICATION OF FOAM IN CARBONATE RESERVOIRS 

The challenges for gas injection processes have been long recognized and the 

possible solutions, such as water alternating gas (WAG) injection and simultaneous 

injection of water and gas (SWAG), have been proposed in the literature (Surguchev et. 

al., 1996). However, these two options are mainly useful for relatively homogeneous 

reservoirs. For more heterogeneous reservoirs, a better mobility control mechanism 

through the formation of foam can be helpful. Foam greatly reduces gas mobility, the 

reduction increases with increasing permeability, thereby reducing effects of reservoir 

heterogeneity, low gas viscosity and low gas density. Foams are also used to divert acid 

flow in matrix well stimulation treatments (Gdanski, 1993) and to divert liquid or gas flow 

in environmental remediation processes (Hirasaki and Miller, 1997). Foams, either as gas-

blocking agents or mobility control agents, are appealing due to their low unit cost. The 

chemicals used to generate foam are used in low concentrations and are relatively 

inexpensive. The shear thinning nature of foam provides good injectivity and leads to more 
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effective mobility control in far-wellbore regions. Foam can be generated in situ by 

continuous co-injection of gas and liquid or by injection of alternating slugs of liquid and 

gas. Gravity override, which is a severe problem in gas injection processes, can be reduced 

through foam. Figure 1.4 shows how foam flooding can increase the sweep efficiency in 

three scenarios: gravity override, viscous fingering/channeling, and rapid flow through 

high permeability zones. Another potential benefit of using foam is its profile modifying 

properties in heterogeneous systems (Tsau and Heller, 1996; Zitha et al., 2003; Renkema 

and Rossen, 2007). 

 

 

Figure 1.4: Schematic of possible effects of foam on gas transport in porous media 

(Sharma and Shah, 1989). 

 

Shan and Rossen (2002) showed that- the best foam process to reduce gravity 

override is injecting a large slug of surfactant followed by a large slug of gas, injected at 
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constant, maximum-allowable injection pressure, often referred as surfactant alternating 

gas (SAG) process supported by Faisal (2009) and Kloet (2009) in their studies. The 

injection rate should be adjusted to maintain this maximum allowable injection pressure. 

For a strong foam (much less mobile throughout the foam bank) the injection rate required 

to maintain the injection pressure is nearly constant, whereas for a weak foam (just able to 

maintain mobility control) the injection rate increases with time to maintain injection 

pressure at an optimal value (Boeije and Rossen, 2013). During this process foam collapses 

near the injection well, giving good injectivity simultaneously with mobility control at the 

leading edge of the gas bank. In multiple-slug processes the extremely poor injectivity of 

surfactant slugs reduces this advantage substantially. On the contrary, Lawson and 

Reisberg (1980) suggested in their study on Berea sandstone cores that injection of small 

multiple-slugs can lead to higher oil recovery and higher pressure drop. Moreover, studies 

have shown that foam injection is stable to hard brine reservoirs and also stable at high 

temperature systems, which is an advantage over the use of polymers for carbonate 

reservoirs. Zhang (2011) reported in his study the use of engineered nanoparticles to 

stabilize the foams at harsh conditions and high temperature for long period of time, while, 

Fuseni and Han (2014) in their studies suggested that amphoteric foaming agents are better 

suitable for harsh conditions of high salinity and high temperature present in carbonate 

reservoirs. 

 

1.4 WORKING PRINCIPLE  

 The two most important challenges for application of enhanced oil recovery 

methods in carbonate reservoirs are: oil-wetness and heterogeneity. The oil-wetness and 

the mixed-wetness of the carbonate reservoirs can be altered using the wettability altering 



 8 

surfactant solutions. The problem of heterogeneity of the carbonate reservoirs can be 

addressed by the generation of foam and diverting the injected fluids into the lower 

permeable regions. In addition, surfactant solutions with low interfacial tension (IFT) to 

create foam helps in additional oil recovery due to gravity drainage. Hence the working 

principle is the synergy of these mechanisms: wettability alteration, foaming ability, and 

low IFT.            

1.5 RESEARCH OBJECTIVES 

The goal of this research was to determine whether multiple-slug processes are 

more effective than single large slug in alternating injection in carbonate rocks. The goal 

was to inject alternating surfactant-gas slugs to create foam that reduces the relative 

permeability of gas, reduces the mobility ratio, and directs gas to unswept regions. In our 

experiments we have tried to replicate carbonate reservoirs that have been immiscible gas 

flooded for about 30 years and have a large gas cap on the top. Henceforth, we have tried 

to perform tertiary recovery process using foam to increase the oil recovery further in these 

mature carbonate reservoirs. Anionic surfactants were studied to have wettability alteration 

of the oil-wet or mixed wet carbonate reservoirs, a low IFT formulation to increase the oil 

recovery by gravity and also ability to foam to have better mobility control. Aqueous 

stability, phase behavior experiments, wettability alteration and bulk foam tests were 

performed to screen the surfactant solutions for this study. Single phase foam experiments 

at a constant quality of 80% were performed with several surfactant formulations in a Texas 

Cream limestone to determine the foam strength in the absence of oil in the porous medium. 
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1.6 DESCRIPTION OF CHAPTERS 

The second chapter provides a literature review on the fundamental theories of 

foam generation and destruction, application of foam as a method for EOR, and the 

distinguishing features of anionic Alfoterra surfactants. The third chapter discusses the 

materials and methods used to test the effect of slug size in alternating surfactant-gas 

injection in carbonate rocks. The fourth chapter discusses the results of the experiments 

performed. The final chapter discusses the conclusions reached from the experiments and 

suggestions for future work to make this process ready for field applications.  
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Chapter 2:  Literature Review 

This chapter provides a brief background on the fundamental principles of foam 

theory and applications. It is important to note, that not all aspects of foam will be covered 

in this section. The aspects relating to the viability of foam for chemical Enhanced Oil 

Recovery (EOR), however, will be addressed in this chapter.  This chapter will include the 

basic understanding of foam, in addition to the application of foam in chemical EOR. In 

addition, this chapter discusses the optimal foam injection strategies under different 

reservoir conditions.  

 

2.1 BASIC CONCEPTS OF FOAM 

2.1.1 Foam Theory 

 Foam is defined as a dispersion of gas in a continuous liquid phase where 

the gas flow paths have been made discontinuous by thin liquid films called lamellae 

(Gauglitz et al. 2002). These lamellae are defined as a thin liquid film with interfaces on 

both sides of the liquid phase. Foam, containing surfactants dissolved in the liquid phase 

to stabilize the gas dispersion in liquid (Kovscek and Radke 1994), can improve 

conformance in gas-injection improved oil recovery (Schramm 1994; Rossen 1996), 

acidizing (Smith et al. 1969; Gdanski 1993) and environmental remediation (Hirasaki et 

al. 2000; Mamun et al. 2002). The gas phase in foam can be either a classical gas or a 

supercritical gas such as supercritical/dense CO2. The dispersion of the gas phase in foam 

can also be stabilized using nanoparticles. The scope of this study is restricted to the 

application of surfactant stabilized aqueous based foam. Foaming agents lower the surface 

tension and provide a protective film to prevent the gas bubbles from collapsing (Schramm 

1994). Bulk foam, defined as dispersion of gas in a liquid phase without the presence of 
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porous medium, is contained on the bottom of the bulk foam by a liquid phase and on the 

top by a gas phase as shown in Figure 2.1, which is a 2D interface of a bulk foam system. 

 

Figure 2.1: A generalized foam system (Schramm 1994) 

 

2.1.2 Foam Properties 

Foams can be categorized based on the following three properties: texture, quality 

and rheology.  

 

2.1.2.1 Foam Texture 

Foam texture plays a significant role in understanding the foam strength and its 

ability to provide mobility control in porous medium. It determines the generation of foam 

as bulk foam or as a chain of bubbles separated by an individual lamellae, the number of 

lamellae per unit length of capillary, and the radius of curvature of the gas-liquid interface 

(Hirasaki and Lawson 1985). Texture also gives a measure of average bubble size and 

bubble size distribution. Bubble size affects the foam strength and also the viscosity of the 
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foam phase. Nguyen (2000) has suggested that finer bubble sizes result in more stable 

foam. It is believed that as the foam texture gets finer, the foam provides better resistance 

to flow in rock matrix and reduces mobility of gas by a significant amount (Falls 1988, 

Kovscek and Radke 1994). Bulk foam with a broad gas bubble size distribution is found to 

be less stable because of the gas diffusion from small to large gas bubbles. Bulk foam is 

formed when the capillary radius is larger than the equivalent radius of the bubble and 

individual lamellae are formed when the capillary radius is smaller compared to the radius 

of the bubbles (Hirasaki and Lawson 1985). The resistance to flow imparted by foam will 

be higher for homogeneous bubble size distribution (Schramm 1994) with discrete bubbles 

in comparison to the continuous gas phase. Friedmann (1991) found that bubble size and 

bubble size distribution range decrease with an increase in surfactant concentration and 

increase in system pressure. Foam texture depends on the type of surfactant, pore network, 

and foam quality.  

 

2.1.2.2 Foam Quality 

Foam quality is defined as the gas volume percentage within foam at a specified 

pressure and temperature. In the bulk phase, foam quality is expressed by the following 

equation, 

 

Foam quality(%) =
𝑔𝑎𝑠 𝑣𝑜𝑙𝑢𝑚𝑒

(𝑔𝑎𝑠 𝑣𝑜𝑙𝑢𝑚𝑒+𝑙𝑖𝑞𝑢𝑖𝑑 𝑣𝑜𝑙𝑢𝑚𝑒)
 X 100 

In coreflood experiments, foam quality is defined as the following equation, 

 

Foam quality(%) = 
𝑔𝑎𝑠 𝑖𝑛𝑗𝑒𝑐𝑡𝑖𝑜𝑛 𝑟𝑎𝑡𝑒

 (𝑔𝑎𝑠 𝑖𝑛𝑗𝑒𝑐𝑡𝑖𝑜𝑛 𝑟𝑎𝑡𝑒+ 𝑙𝑖𝑞𝑢𝑖𝑑 𝑖𝑛𝑗𝑒𝑐𝑡𝑖𝑜𝑛 𝑟𝑎𝑡𝑒)
 X 100          
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Bulk foam having high foam quality is referred to as “dry foam” (Schramm 1994). 

High foam quality leads to the reduction of mobility due to discontinuous gas bubbles in 

the liquid films. Marsden (1965) found that foam mobility increases with decreasing foam 

quality due to decreasing foam viscosity, whereas, Lee (1991) found that foam mobility 

decreased with decreasing foam quality. The rate of decrease in foam mobility with 

increasing foam quality is almost linear at high permeability, but the rate is less for low 

permeability rocks. The effect of foam quality to change the radius of curvature of the 

liquid, an important variable in the thickness of the liquid film wetting the solid and 

affecting the resistance to flow, is significant at high qualities (Hirasaki and Lawson 1985). 

Foam qualities can exceed 97%. Studies have shown that foam is unstable below quality 

40% and above 95% quality; not much research has been done at these extreme low and 

high quality values (Bullen 1976, Chang 1998, Hutchins 2005).  

 

2.1.2.3 Foam Rheology 

The study of foam rheology describes the behavior of foam as a phase in the porous 

media and the impact of its petro physical properties like viscosity on the transport 

processes. Foams are shear thinning fluids whose viscosity decreases with increasing shear 

rate (Marsden 1965). It is difficult to measure absolute foam viscosity directly. 

Alternatively the term “apparent foam viscosity” is used, defined from Darcy’s law. The 

apparent foam viscosity varies with rock permeability non-linearly and approaches 

asymptotic values at both high and low permeabilities, with viscosity being higher for high 

permeability rocks (Lee 1991). Foam mobility, ease with which foam flows in a porous 

medium, is defined as the ratio of the effective permeability to apparent viscosity. For a 

water-wet system, the relative mobility of a liquid phase is calculated as a function of the 
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saturation and is independent of whether the gas exists as foam (Falls 1988). For a 

continuous gas, no reduction in relative permeability is observed because the cross 

sectional area to the flow of gas phase inside a porous medium is not reduced. However, if 

the gas phase is discontinuous, the relative permeability reduces, and the foam has a larger 

apparent viscosity, reducing the gas mobility. In porous media, the apparent foam viscosity 

depends on the bubble size. The resistance to flow increases with decrease in foam bubble 

size because the foam viscosity increases (Hirasaki and Lawson 1985). Falls (1988) 

suggested that the apparent gas viscosity increases by an order of magnitude when the ratio 

of bubble size to average pore size decreases by two-fold.  

 

2.1.3 Factors Affecting Foam Generation 

Foam generation in porous medium is governed by the operating conditions such 

as pressure gradient, and pore network in the reservoir. Studies of different gases and 

surfactant formulations have shown that a minimum pressure gradient is required for foam 

generation, which varies inversely with rock permeability (Gauglitz and Friedmann 2002). 

The minimum pressure gradient for foam generation depends on gas/water interfacial 

tension (Rossen 1996, and researchers have reported the value to be in the order of 10 psi/ft 

for high permeability sandpack (Li and Rossen 2005). Foam generation depends only on 

pore throat radius and length of the pore cluster and not on length of the medium. The 

mechanisms governing foam generation in porous media are snap-off, lamella division, 

and leave behind. These mechanisms have been thoroughly studied and are important to 

the fundamental understanding of foam behavior in porous media (Nguyen 2000; Falls 

1988).  
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2.1.3.1 Snap-Off 

Snap-off is a process of creating several discontinuous gas bubbles of smaller size 

from a larger gas film at the pore throats. It is one of the most important mechanisms for 

foam generation in porous media. The necessary conditions for snap-off to occur in porous 

media are that the body-to-throat ratio must be larger than two (Kovscek and Radke 1994), 

the capillary pressure must be low, and the liquid saturation must be high (Falls 1988). 

Snap-off occurs when the capillary pressure is larger than the entry pressure, and gas enters 

the pore body, as seen in Figure 2.2. The bubbles formed by snap-off are not stable in the 

absence of the surfactant, and tend to coalesce quickly, forming a continuous gas phase. 

  

Figure 2.2:  Mechanism for foam generation via snap-off (Kovscek and Radke 1994). 

 

According to Chambers and Radke (1990), snap-off in porous media can be 

classified into three types: pre-neck, neck snap-off, and rectilinear snap-off. Pre-neck snap-

off occurs when a gas bubble completely blocks a pore throat. Large capillary pressure 

pushes the accumulation of liquid upstream to the throat, resulting in a smaller bubble than 

the original bubble. Neck snap-off (also known as Roof snap-off) occurs during a drainage 

displacement. The negative capillary pressure drives the liquid in the pore body to flow 

into the pore throat where it snaps-off. The necessary condition for this mechanism to occur 

is a sharp permeability contrast with injected water fractional flow of 20% and above. 
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Rectilinear snap-off most likely occurs in relatively long and straight pores, which is a 

similar mechanism to neck snap-off. In addition to snap-off, lamella division is another 

important mechanism for foam generation in porous medium. 

 

2.1.3.2 Lamella Division 

Lamella division occurs when a lamella splits into two separate lamellae. This 

occurs when the lamella is stretched around a branch point, as seen in Figure 2.3. The 

creation of lamellae by lamellae division requires the static lamellae in pore throats to be 

displaced by a sufficient pressure gradient. Several experiments have suggested that a 

minimum velocity or pressure gradient should be exceeded for foam generation (Rossen 

and Gauglitz 1990). The frequency of lamellae division is a function of density of flowing 

bubbles, gas velocity, bubble sizes, branch points, and capillary pressure (Falls 1988). 

  

Figure 2.3:  Mechanism for foam generation via lamella division (Kovscek and Radke 

1994). 
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2.1.3.3 Leave Behind 

Unlike snap-off and lamella division which generate lamellae perpendicular to the 

flow, leave-behind generates lamellae parallel to the flow. Leave behind lamellae occur 

when a continuous gas phase invades a surfactant laden region. These lamellae are 

stationary and block parts of the pore network to gas flow reducing the gas-phase relative 

permeability (Friedmann et al 1991; Nguyen 2000). These stationary films dominate gas-

mobility reduction at low velocities and discrete bubbles dominate the reduction at high 

injection rates (Ransohoff and Radke 1988). As two gas menisci converge downstream, a 

lens is left behind, and it may drain to a lamella, as seen in Figure 2.4. 

   

Figure 2.4:   Mechanism for foam generation via leave-behind (Kovscek and Radke 1994). 

 

2.1.4 Foam Stability 

A major concern with the application of foam as an EOR method is the stability - 

the longevity of foam when it comes in contact with the crude oil (Myers and Radke 2000). 

The foam (i.e. foam films) must remain stable in the porous media to perform as an 

effective gas blocking agent. The stability of foam is controlled by the competing processes 

of foam generation and foam destruction. Once foam has been generated, it can be 
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destroyed by two general mechanisms: capillary suction coalescence and gas diffusion. 

Capillary suction coalescence occurs when two bubbles come into contact causing the 

liquid film separating them to thin and eventually collapse. Capillary suction coalescence, 

which is primarily responsible for lamella destruction, depends on liquid saturations, rock 

permeability, and surfactant concentration. Gas diffusion primarily affects trapped bubbles 

and is less common in porous media because the bubble radius of curvature is related to 

the pore throats and pore bodies rather than bubble volume. Gas on the concave side of a 

foam bubble has a lower potential than the gas on the convex size of a foam bubble. 

Therefore, gas dissolves through the liquid film and diffuses to the concave side. 

Eventually, the bubble shrinks until it disappears (Chambers and Radke 1990). The 

stability of a single foam lamella is a representation of the coalescence in porous media, 

which depends on the type or mixture of surfactants, the chemical composition of the brine, 

the capillary pressure and the movement of mechanical disturbances (Friedmann 1991). 

The stability of foam in porous medium is affected by the addition of crude oil as suggested 

by evidences in the literature (Farajzadeh et al 2010a). 

 

2.1.4.1 Presence of Oil 

The addition of crude oil is detrimental to both the generation and the stability of 

foam. Experimental studies have demonstrated the detrimental impact of oil on foam 

stability (Arnaudov et al. 2001; Hdjiiski et al. 2001; Vikingstad et al. 2005; Farajzadeh et 

al. 2010a; Andrianov et al. 2012). The effect of the presence of oil on foam destabilization 

depends on the oil, surfactant solution, and aqueous-phase compositions (Farajzedah 

2012).  Ideally, it is possible to make surfactant foams that last in the order of months and 

years (Schramm 1994). The stability or instability of foams in the presence of oil depends 
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on the spreading, entering, and bridging coefficients of the gas/surfactant/oil interactions, 

oil emulsification and pinch-off.  

 

Spreading Coefficient 

When a drop of oil comes in contact with the gas-liquid interface, the oil drop can 

either spread to form a film over the gas-liquid interface or it can form a bead on the surface. 

The film is formed when the oil has a strong affinity for the new phase; a bead is formed 

when the oil has a weak affinity for the new phase. The spreading coefficient, S, is 

expressed as a function of the interfacial tension of oil, gas, and surfactant with respect to 

each other. If the spreading coefficient, S, is positive, it is predicted that the oil drop will 

spread spontaneously over the foam. This is generally sufficient for foam instability which 

leads to foam collapse. Another parameter that defines the stability of foam in presence of 

oil is the entering coefficient.  

 

𝑆 = 𝛾𝑆
𝐺⁄ − 𝛾𝑆

𝑂⁄ − 𝛾𝑂
𝐺⁄                                             (2.3) 

Entering Coefficient 

When an insoluble agent, such as oil, is dispersed in the interior of a foam lamella, 

it can enter the gas-liquid interface. If the oil enters the gas-water interface, entering 

coefficient E is positive, and a new gas-oil interface is created. Some oil-surfactant 

interfaces are formed and some previous gas-surfactant interfaces are destroyed. This has 

a detrimental impact on the interfacial film and makes it lose its foam stabilizing capability. 

However, when the oil enters the gas-water interface it does not always cause foam to 

destabilize (Schramm 1994). If E is negative, the oil theoretically is ejected from the 
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lamellar surface and does not destabilize the foam. In addition to spreading and entering 

coefficient, the stability of foam is governed by the bridging coefficient.   

 

𝐸 = 𝛾𝑆
𝐺⁄ + 𝛾𝑆

𝑂⁄ − 𝛾𝑂
𝐺⁄        (2.4) 

 

Bridging Coefficient 

If oil enters the gas-liquid interface but does not spread, it is possible that the oil 

will bridge adjacent foam bubbles. When the bridging coefficient, B, is positive, the film 

is unstable; if B is negative, the film is stable.  

 

 𝐵 = (𝛾𝑆
𝐺⁄ )2 + (𝛾𝑆

𝑂⁄ )2 + (𝛾𝑂
𝐺⁄ )2                    (2.5) 

The most stable foams are formed when the entering coefficient is negative, and 

the lamella number is low (Farajzedah 2012).  

 

2.1.4.2 Additional Attributes to Foam Stability 

Foam stability also depends on temperature, surfactant concentration, salinity, and 

presence of solid particles. Generally, studies have found that foam stability decreases with 

an increasing temperature (Kapetas 2015, Chen et al 2012, Spirov et al 2012) due to a 

decrease in drainage time, thus leading to a faster rate of foam destruction. At low 

concentrations typically below critical micelle concentration (CMC), with increase in 

concentration the interfacial tension decreases and stabilizes the foam. At high surfactant 

concentrations significantly above CMC, with increase in surfactant concentration an 

increase in foam stability is expected based on a different mechanism—ordered 

microstructure formation in the lamellae (Nikolov et al. 1986). Salinity can have either a 
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detrimental or a stabilizing effect on foam depending on type of the surfactant, the salinity, 

concentration and the presence of divalent ions.  Above the critical micelle concentration, 

foam stability is relatively insensitive to pH change (Liu 2005). The presence of solid 

particles can either be beneficial or detrimental to foam stability. If the particles are not 

water-wet, they gather at the interfaces in the foam, enhancing the mechanical stability of 

the lamellae. Dispersed particles can also influence the stability by enhancing the bulk 

viscosity, and thus, increasing the stability (Schramm 1994).  

 

2.2 APPLICATION OF FOAM IN ENHANCED OIL RECOVERY 

The motivation behind application of foam in porous medium as a method of 

enhanced oil recovery is its ability to reduce the mobility of gases inside the reservoirs thus 

increasing the sweep efficiency of the processes and increasing the oil recovery. This 

mobility reduction is an effect of the reduction of the permeability or increase of the gas 

viscosity, and the factors affecting these properties have been described in the previous 

sections. The mobility reduction factor depends on different foam injection strategies in 

the reservoirs as discussed later in details.  

 

2.2.1 Mobility Reduction 

Gas floods are popular and widely used for enhanced oil recovery, but the low 

viscosity of gas results in early gas breakthrough, poor sweep efficiency, viscous fingering, 

and channeling that result in low oil recovery, in the order of 10 to 20% (Lee 1991). Due 

to low viscosity, gases tend to have higher mobility than oil and water which leads to 

gravity override and channeling through oil in rocks. This decreases the amount of oil being 

contacted by gas and leads to early gas breakthrough, causing poor sweep efficiency. 
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Mobility ratio, M, is defined as the mobility of the displacing phase, gas, divided by the 

mobility of the displaced phase, oil, as seen in the equation below.  

 

𝑀 =
𝑘𝑟𝑔𝜇𝑜

𝑘𝑟𝑜𝜇𝑔
         (2.6) 

The gas displacement process can be improved to a great extent with the reduction 

of the mobility ratio. The mobility ratio can be decreased by increasing the gas viscosity 

or decreasing the relative permeability of gas, both of which can be achieved through foam 

generation. Foam decreases the relative permeability of gas by blocking the pores through 

which the gas can flow and also diverts flow from higher permeability zones to lower 

permeability unswept zones. Since foam is a dispersion of discontinuous gas in a liquid 

film, foam also increases the apparent viscosity of the gas phase. In addition, foam 

improves oil recovery by reducing the capillary forces due to lower interfacial tensions 

resulting from the presence of a surfactant. 

 

2.2.2 Injection Strategies: Surfactant-Alternating-Gas (SAG) vs. Co-injection 

Foam can either be injected in alternating slugs of surfactant solution and gas, or 

co-injected together with gas and surfactant formulation pre-formed in surface facilities. 

Co-injection is more desirable than an alternating injection when foam is needed near 

wellbore in a heterogeneous reservoir to ensure that both gas and liquid enter the same 

zones. Generally gas mobility is reduced more during the co-injection than the surfactant-

alternating-gas (SAG) injection (Farajzedah 2012). For steam-foam injections, it is less 

practical to sequentially inject surfactant and gas in alternating slugs because the steam 

depletes the top section due to gravity segregation. It is more beneficial to inject surfactant, 

steam, and a non-condensable gas concurrently. The only way to improve sweep efficiency 
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with continuously injected foam is by raising the injection well pressure, which could 

fracture the injection well, thus rendering such a process impractical (Shan and Rossen 

2004). High injection pressure in steady co-injection process helps to trigger foam 

generation in layered media, but no significant impact in homogeneous packs (Li and 

Rossen 2005). 

On the other hand, the significance of snap-off to lamella mobilization and 

generation implies that an alternating surfactant and gas injection strategy may be more 

beneficial than co-injection. Previous studies (Li and Rossen 2005) and several field trial 

experiments (Blaker et al. 2002; Skauge et al. 2002) have shown SAG injection is 

preferable to co-injection because it minimizes contact between water and gas in surface 

facilities and piping. This can be important in preventing corrosion, typically when the gas 

is CO2 because it can lead to formation of acid upon contact with water. SAG injection also 

helps in improving the injectivity by displacing water from the near-well region during the 

gas injection, since foam weakens and gas mobility rises (Shi and Rossen 1998). 

Simulation studies suggest that a SAG process at fixed, maximum injection pressure better 

controls gravity override in homogeneous reservoirs than either continuous foam injection 

or a fixed-rate injection process (Shan and Rossen 2004). The injection of gas at maximum 

pressure helps to partially reverse the effects of gravity slumping of surfactant during 

injection of the liquid. Several researchers have reported that SAG with fewer larger slugs 

gives a better sweep efficiency compared to many smaller slugs due to a coupling between 

gravity segregation and surfactant propagation (Shan and Rossen 2004; Faisal 2009; Kloet 

2009). However, Lawson and Reisberg (1980) in their study showed that smaller slugs in 

alternating gas and surfactant injection leads to additional oil recovery due to higher 

pressure drop.  
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2.3 ALFOTERRA SURFACTANTS         

    

This section discusses the aspect of Alfoterra surfactants including the definition 

and characteristic of Alfoterra surfactants. 

 

2.3.1 Definition and Characterisctics 

 Primary alcohol alkoxy sulfate surfactants (ALFOTERRA) produced by 

Sasol O&S may be formulated without any co-surfactant or co-solvent for low and 

moderate temperatures and salinities. These surfactants can produce ultra-low oil-water 

interfacial tension (IFT) at low concentrations of 0.1% to 0.5 % and can synergistically 

generate even lower IFT values in combination with alkali. Alfoterra surfactants provide 

low capillary pressure with wettability alteration and also high oil solubilization ratio. In 

addition, they are available commercially as high active (~85%) products to reduce 

transportation costs. A schematic representation of the Alfoterra surfactant can be seen in 

Figure 2.5 

  

Figure 2.5: General structure of Alfoterra surfactant molecule 

 

Branched alkyl alcohol propoxy sulfates have emerged as an effective type of 

surfactant for the removal of non-aqueous phase liquids (NAPLs) from near surface, 

aquifer contaminated sites (Jayanti and Pope 2002), a similar application to EOR. These 

surfactants have been shown to create micro-emulsions with crude oils and achieve low 

interfacial tensions (Wu et. al., 2005). The optimal salinity (lowest IFT condition) and 
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adsorption of these molecules on kaolinite clay decrease with increase in the number of PO 

groups in the surfactant molecule.  

 

2.3.2 Anionic Surfactant Formulations for Carbonate rocks    

   

Non-ionic and cationic surfactants have been previously evaluated for wettability 

alteration in carbonate formations, but motivation for the use of anionic surfactants is based 

on its ability to alter the wettability and provide ultra-low IFT formulations. Na2CO3 is 

commonly used as an alkali for anionic surfactants to impart a negative zeta potential to 

the calcite/brine interface (Hirasaki and Zhang 2003), which promotes wettability 

alteration and lower surfactant adsorption (Al-Hashim et. al. 1996). Panthi and Sharma 

(2016) also reported that alkalis like NaBO2 and Na2CO3 have proved to be efficient for 

reduction of anionic surfactant adsorption on carbonate rocks. Addition of Na2CO3 in 

reservoirs with divalent ions present in their brine composition can lead to carbonate scale 

and formation damage, hence addition of a chelating agent like EDTA becomes essential 

to prevent the precipitation and scaling in carbonate reservoirs (Kline and Shaughnessy 

1983).  

 

 

 

 

  



 26 

Chapter 3: Experimental Setup and Methodology 

This chapter contains the materials and equipments used in the experiments, as well 

as the methodology and experimental procedure for experiments conducted. 

 

3.1 MATERIALS           

This sub-section discusses the materials used to perform all the experiments used 

in this study. 

 

3.1.1 Oil 

We have used only one type of oil for our experiments named Crude A. For core 

flood experiments with oil present, Crude A was used. Crude A came in two batches, 

named Crude A1 and Crude A2, with different viscosities as reported in Table 3.1. Crude 

A was used to age the cores and make them oil-wet. The same oil was used for phase 

behavior and wettability alteration experiments. 

 

Oil Viscosity (cP) 

(T=25oC) 

Viscosity (cP) 

(T=60oC) 

Density (g/mL) 

Crude A1 14.4 6.3 0.883 

Crude A2 44.0 12.6 0.893 

Table 3.1: Oil properties 
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3.1.2 Surfactants 

Four different surfactants which were used in this study are anionic Alfoterra S1 & 

S2 (both received from Sasol), anionic alpha olefin sulphonate (AOSC14-16 ) with 38.86% 

active components (obtained from Stepan), non-ionic surfactant Tergitol NP-10 (obtained 

from Dow Chemical), and cationic surfactant dodecyltrimethylammonium bromide 

(DTAB) (obtained from Sigma-Aldrich) Preliminary tests like phase behavior, wettability 

alteration and bulk foam experiments were used to screen the surfactant formulations for 

further use in this study. Alfoterra S1 and Alfoterra S2 both have similar carbon chain 

length C12 but they differ in the number of propoxy (PO) groups in their molecule. The 

molecular structure of each of the surfactant molecules are shown below in Fig 3.1. 

 

        

  (a)      (b) 

   (c) & (d) 

    (e)  

Figure 3.1: (a) DTAB (b) AOSC14-16 (c) Alfoterra S1 (d) Alfoterra S2 (e) Tergitol NP-10 
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3.1.3 Core Samples 

Reservoir limestone cores, from one of the Middle-Eastern reservoirs, were used 

only for oil displacement experiment. These rocks were unconsolidated (needed to be 

frozen under dry ice) before use. The core plugs were used in their native state (without 

solvent cleaning) to represent the reservoir conditions followed by vacuum saturation with 

reservoir brine and crude oil. Outcrops of Texas Cream Limestone rocks were used for 

single phase foam flooding, dynamic adsorption and oil displacement experiments. Details 

of the cores used for different oil displacement experiments are mentioned below in Table 

3.2. The outcrops of Texas Cream Limestone used for single phase foam study and 

dynamic adsorption study were 1.5 inches in diameter and 12 inches in length with brine 

permeability of 13-16 mD and porosity of 22-30%.  

 

Reservoir Core  Limestone 

CF1 

Limestone 

CF2 

Texas 

Cream 

Limestone 

CF3 

Texas 

Cream 

Limestone 

CF4 

Spontaneous 

Imbibition 

Length, cm 19.94 19.94 29.72 29.21 4.3 

Diameter, cm 3.81 3.81 3.75 3.75 3.81 

Porosity, % 15.61 15.61 28.08 32.51 11.54 

Pore Volume, ml 35.5 35.5 91.5 104.9 5.66 

Oil Permeability, mD 2.32 1.68 17.08 7.74 - 

Initial Oil Saturation, 

% 

76.3 78.3 61.7 67.0 63 

Table 3.2: Core Properties 
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3.1.4 Formation and Injection Brine       

Formation and injection brine composition was obtained from the reservoir water 

analysis report. Both the formation and injection brine contained divalent cations. The 

brines were composed of Calcium Chloride Dihydrate, Magnesium Chloride Hexahydrate, 

Anhydrous Sodium Sulphate, and Sodium Chloride. All four chemicals were obtained from 

Fischer ScientificTM with purity greater than 99%. The details of the composition for 

Injection and Formation brine are shown below in Table 3.3. 

 

Composition Formation Brine Injection Brine 

Na+ 2.940 gm/L 3.636 gm/L 

Ca2+ 0.256 gm/L 0.740 gm/L 

Mg2+ 0.049 gm/L 0.186 gm/L 

Cl- 4.859 gm/L 7.294 gm/L 

SO4
2- 0.365 gm/L 0.221 gm/L 

Total Salinity 8,469 ppm 12,077 ppm 

Table 3.3: Formation and Injection Brine  
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3.2 CHARACTERIZATION OF SURFACTANT FORMULATIONS 

3.2.1 Aqueous Stability  

Equipment 

Aqueous stability tests were performed using 20 mL clear glass vials. An oven was 

used to change the temperature of the system.  

 

Method 

The first characterization step for the surfactants were testing their aqueous stability 

at various temperatures with the reservoir injection brine salinity. A surfactant and brine 

solution is considered aqueous stable if the solution is clear, homogeneous, and contains 

only one phase. If the surfactant injection solution is not clear, significant phase trapping 

occurs, and the surfactant is considered lost to adsorption. Sample aqueous stability results 

can be seen in Figure 3.2. The sample results show a sample that is cloudy, therefore not 

aqueous stable; a sample that has a solid precipitate, also not stable; and a clear aqueous 

stable solution. Results of the aqueous stability tests of each surfactant can be found in the 

results section (Chapter 4).    

   

Figure 3. 2: Sample aqueous stability result shows (a) a solution that is cloudy, (b) a 

sample that has a precipitate, and (c) a sample that is aqueous stable.  
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3.2.2 Phase behavior experiments 

Microemulsion phase behavior experiments were performed by varying the 

salinity, temperature, surfactant structure to determine the optimal salinity which helped to 

create the microemulsion with the highest solubilization ratio and lowest interfacial tension 

(IFT). The surfactant formulation comprised of anionic surfactants (0.5 wt%), chelating 

agent Ethylenediaminetetraacetic Acid Tetrasodium Salt (EDTA), Na2CO3 as the alkali, 

and reservoir injection brine. The phase behavior experiments can be described as Winsor 

type I, type II, and type III with change in salinity. The salinity at which equal volumes of 

oil and water are solubilized in the microemulsion is defined as the optimal salinity.   

All the phase behavior experiments were performed in 5 ml pipettes with equal 

volumes of surfactant solution and crude oil to maintain the water-oil-ratio (WOR) equal 

to 1. Na2CO3 was used for salinity scan during this experiment. After mixing of the 

surfactant solution and the crude oil, the pipettes were equilibrated at the reservoir 

temperature (60 oC) in the oven. The samples in each pipette were prepared with varying 

salinity by increasing the Na2CO3 concentration. The pipettes were gently shaken and 

mixed for the initial 1-2 days and then left in the oven to equilibrate. The level of the fluid 

interfaces were recorded periodically, at intervals from 1 day to several months apart as 

deemed necessary to observe equilibration. If the formation of viscous gels or 

microemulsions appeared to prevent further equilibration, pipettes were shaken again.  

Huh (1979) derived a theoretical relationship between solubilization ratio and IFT. 

A simplified form of this theory predicts the IFT (ɣ) is inversely proportional to the square 

of the solubilization ratio (σ): 

 

 ɣ = 
𝑪

𝝈𝟐, 
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where C is approximately 0.3 dynes/cm and the solubilization ratio (σ) is defined 

as the volume of oil or water solubilized divided by the volume of surfactant on a 100% 

active basis. Solubilization ratio is much more easily and accurately measured over time 

than IFT and therefore a useful alternative to measuring IFT directly. According to Huh 

equation, a solubilization ratio of 10 or more corresponds to an IFT of 0.003 dynes/cm or 

lower. This is typically the target IFT necessary to recover residual oil from the reservoirs.  

 

3.2.3 Preliminary Wettability Alteration Studies 

Contact angle experiments were performed using mineral calcite plates as a proxy 

for carbonate cores as they have the similar mineralogy. First, these calcite plates were 

polished by a 600-mesh diamond grinding plate to make the surface - smooth and free from 

any contamination. Second, the polished plates were immersed in formation brine for 24 

hours and then aged in the crude oil at 80 oC for 3-4 weeks. Third, the oil-wet calcite plates 

were immersed in the injection brine at reservoir temperature, 60 oC to ensure its oil-wet 

nature. Finally, the plates were placed in an optical cell and were immersed in different 

surfactant formulations and kept at reservoir temperature, 60 oC, for 1 day to identify the 

change of wettability of the aged calcite chips. Zoomed images of the oil droplets on the 

plate were captured and contact angles were observed. The droplet sizes were too small 

(<0.5 mm) in some formulations to measure the contact angles accurately. Contact angle 

of the oil on the calcite surface can also be measured using the Goniometer to determine 

the change of the wettability of the surface with time.    
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3.2.4 Bulk Foam Stability 

Equipment and Methodology  

Preliminary bulk foam stability experiments were performed to compare the 

foaming ability of various surfactant formulations used in oil-displacement experiments. 

These experiments were performed at 60 oC (reservoir temperature in the present study). 

The apparatus consisted of transparent cylinder made of acrylic (diameter: 3 cm, length: 

23 cm) with a stainless steel sparging frit (pore size 2 μm) at the bottom, which was used 

to disperse air in the surfactant formulation.  Air at a constant pressure of 5 psi was injected 

into the bottom of 30 mL of surfactant solution in the glass, graduated cylinder. The airflow 

was stopped, after a significant volume of bulk foam generation in the cylinder. The decay 

of foam height (above the liquid phase) was measured as a function of time. Half-life, 

which is the time for the volume of foam to be reduced to half of its original volume, was 

observed for each case. Each experiment was repeated two times and average half-lives are 

reported. For foam stability in the presence of oil, after airflow was stopped, drops of oil 

was sprayed onto the top of the foam, in the sealed glass cylinder. The foam decay was 

measured as a function of time. A snapshot of the experimental setup for the bulk foam 

stability experiments are shown below in Figure 3.3. 
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 (a)       (b) 

Figure 3.3: A snapshot of the experimental setup for bulk foam stability (a) no oil present 

(b) with oil present 

 

3.2.5 Spreading, Entering, and Bridging Coefficients  

Equipment 

To measure the foam stability factors like spreading, entering, and bridging 

coefficients, the following interfacial tensions needed to be measured: oil/surfactant, 

oil/gas, and surfactant/gas. The oil/gas and surfactant/gas surface tensions were measured 

in a Ramé-Hart Contact Angle Goniometer shown below in Figure 3.4. The axisymmetric 

shape analysis of the droplet was performed by DROPimage Advanced software which 

calculates the IFT by fitting the drop profile with the Young-Laplace equation using a 

contour fitting algorithm. The surfactant formulation was mixed and allowed to equilibrate 

at 60 oC. The surfactant solution was maintained at the reservoir temperature by using 

heating pads and controlling the temperature with constant voltage supply. The interfacial 

tension between surfactant and oil was measured using a spinning drop interfacial 

tensiometer provided by TEMCOTM.  
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Figure 3.4: A snapshot of the Rame Hart Goniometer 

 

Methods 

The surface tensions (surfactant/gas and oil/gas) were measured using a pendant 

drop method in the goniometer. Since the liquid phase is denser than the external gas phase, 

a hanging pendant was used. A drop of liquid large enough to be stable was allowed to 

equilibrate for 10 minutes. A schematic of the pendant drop method can be seen in Figure 

3.5. The goniometer then took 10 measurements of the surface tension, shape factor, radius 

of curvature, contact angle, etc. over 10 seconds. The surface tension of the hanging drop 

was calculated using the Young-Laplace equation,  

 

 

 

 

 

 

Figure 3.5: Schematic of surface tension measurements. Image obtained at 

http://www.kruss.de/services/education-theory/glossary/pendant-drop/. 



 36 

∆𝑃 = 𝜎 ∗ (
1

𝑟1
+

1

𝑟2
)        (3.1) 

The average surface tension was recorded. For each sample, this process was 

performed five times to reduce error from drop size variations.  

The interfacial tension between oil and surfactant was measured using the spinning 

drop tensiometer. Solutions of 50% surfactant and 50% oil by volume were mixed and 

allowed to equilibrate for three days. Each solution was then placed in a rotating capillary 

tube. The less dense fluid migrates to the center of the drop and equilibrium is reached. A 

schematic of the two fluids at equilibrium within the capillary tube can be seen in Figure 

3.6.      

 

Figure 3.6: Schematic of spinning drop tensiometer measurements.  

 

The equilibrium shape of the drop is determined by interfacial tension and the 

pressure difference at the interface caused by the density differences and centrifugal force. 

The interfacial tension between the two immiscible fluids can be calculated using 

Vonnegut’s equation. 

 

𝛾 =
𝑟3∗𝜔2∗∆𝜌

4
                   (3.2) 
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In Vonnegut’s equation, γ is the surfactant/oil interfacial tension, r is the radius of 

the lighter phase, ω is the angular velocity of the rotating capillary tube, and ∆ρ is the 

density difference between the two fluids. 

Using the interfacial tensions measured using the spinning drop tensiometer and the 

surface tensions measured using the goniometer, the spreading (S), entering (E), and 

bridging (B) coefficients were calculated as follows.  

 

𝑆𝑜/𝑤 = 𝛾𝑆
𝐺⁄ − 𝛾𝑆

𝑂⁄ − 𝛾𝑂
𝐺⁄        (3.3) 

𝐸𝑜/𝑤 = 𝛾𝑆
𝐺⁄ + 𝛾𝑆

𝑂⁄ − 𝛾𝑂
𝐺⁄        (3.4) 

𝐵𝑜/𝑤 = (𝛾𝑆
𝐺⁄ )2 + (𝛾𝑆

𝑂⁄ )2 − (𝛾𝑂
𝐺⁄ )2     (3.5) 

 

In the equations above, 𝛾𝑆
𝐺⁄  is the interfacial tension between surfactant and gas, 

𝛾𝑆
𝑂⁄  is the interfacial tension between surfactant and oil, and 𝛾𝑂

𝐺⁄  is the interfacial tension 

between oil and gas. The gas used in each of these measurements was air. A positive 𝑆𝑜/𝑤 

demands oil spreading on a gas-water interface, while a positive 𝐸𝑜/𝑤 corresponds to oil 

penetrating the gas-water interface from the aqueous side. If 𝐵𝑜/𝑤 is positive and if 𝐸𝑜/𝑤 

is also positive, the bridge will be unstable and the foam will break. Hence, positive values 

of S, E and B signify that foam will be unstable in the porous medium.   

 

3.2.6 Spontaneous imbibition 

To determine the wettability of the oil-aged cores, they were put into imbibition 

cells containing injection brine overnight at the reservoir temperature. If no or very little 

oil was expelled from the core, the core was considered oil-wet. Then the injection brine 

was taken out of the imbibition cell and the surfactant solution was poured in. If surfactant 
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solution imbibed into the rock matrix due to wettability alteration then equal volume of oil 

floated up the imbibition cell neck, and this oil volume was monitored. The spontaneous 

imbibition experiments lasted from several days to several months. 

 

3.2.7 Adsorption 

Anionic Surfactant Adsorption Equipment 

The adsorption of anionic surfactants was measured using a High Performance 

Liquid Chromatograph (HPLC). A Dionex Ultimate™ 3000 HPLC was used to measure 

the adsorption of anionic surfactants in dynamic adsorption study. HPLC measures 

retention time of each compound present in a sample and can be calibrated with known 

concentrations of surfactant to determine concentration of surfactant present in the sample.  

 

Batch Adsorption Methodology 

To perform batch adsorption experiments, Texas Cream Limestone was crushed 

and filtered using 200 mesh. Four grams of the crushed limestone were placed in a glass 

vial, and eight grams of the surfactant solution at appropriate concentration and salinity 

were added to the vial. The vial was shaken twice daily for three days and stored at reservoir 

temperature, 60 oC. The adsorption of the surfactant (q) was expressed as mg/g and 

calculated using the following equation, 

 

𝑞 =
𝑚𝑠𝑜𝑙𝑢𝑡𝑖𝑜𝑛 ∗(𝐶𝑜−𝐶)

𝑚𝑐𝑎𝑟𝑏𝑜𝑛𝑎𝑡𝑒
Χ 10−3       (3.6) 

where q is the adsorption (mg/g), Co is the initial surfactant concentration (ppm), C is the 

final surfactant concentration (ppm), 𝑚𝑠𝑜𝑙𝑢𝑡𝑖𝑜𝑛  is the mass of the surfactant solution (g), 

and 𝑚𝑐𝑎𝑟𝑏𝑜𝑛𝑎𝑡𝑒 is the mass of the crushed limestone (g).  
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Dynamic Adsorption Methodology 

 Dynamic adsorption experiment was performed in a Texas Cream 

Limestone outcrop rock of diameter 1.5 inches and length 12 inches at 60 oC (reservoir 

temperature). The injection rate was kept constant at 1 ft/D. After injecting 2 PV of 

reservoir injection brine into the outcrop rock, 2 PV of the surfactant formulation was 

injected and pressure drop across the rock was monitored. This step was followed with 

another 2PV injection of reservoir brine to measure desorption of surfactants and the final 

surfactant retention value on the rock surfaces. During each of these steps, effluent fluid 

was collected at every 0.1 PV and samples were analyzed in the HPLC to measure the 

effluent surfactant concentration. The adsorption of the surfactant (q) was expressed as 

mg/g and calculated using the following equation, 

 

𝒒 =
𝒎𝒔𝒐𝒍𝒖𝒕𝒊𝒐𝒏 ∗(𝑪𝒐−𝑪)

𝒎𝒄𝒂𝒓𝒃𝒐𝒏𝒂𝒕𝒆
𝜲 𝟏𝟎−𝟑      (3.7) 

where q is the adsorption (mg/g), Co is the initial surfactant concentration (ppm), C 

is the final surfactant concentration (ppm),  𝒎𝒔𝒐𝒍𝒖𝒕𝒊𝒐𝒏  is the mass of the surfactant solution 

(g), and 𝒎𝒔𝒐𝒍𝒖𝒕𝒊𝒐𝒏  is the mass of the dry Texas Cream limestone outcrop core(g).  

 

3.2.8 Calcite Dissolution in Carbonate Rocks 

The effect of EDTA in the surfactant formulation on calcite dissolution in carbonate 

rocks was studied using Elan DRC-e Inductively Coupled Plasma Mass Spectrometry or 

ICP-MS, an analytical technique used for elemental determinations. This instrument has 

the ability to carry out rapid multi-element determinations at the ultra-trace level.  
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Methodology 

 To perform the ICP analysis to measure the cation’s concentrations in the effluent 

samples, standard solutions were made for Na+, Ca2+ and Mg2+ varying from 1-200 ppm. 

Effluent samples from a single phase coreflood experiment performed in Texas Cream 

limestone rock at 60 oC was collected and samples at every 0.2 PV of the fluid injected was 

filtered and diluted 100 times to prepare for the ICP analysis. Each of the samples prepared 

for the ICP analysis were 5 ml in volume. 2% nitric acid by volume was also added to the 

samples to ensure no precipitation of the metal ions. The linear calibration curves obtained 

from the standard solutions were used to estimate the cation concentrations in the effluent 

samples. Each cation is measured at different wavelengths: Na+ - 589 nm, Ca2+ - 396.8 nm, 

and Mg2+ - 279.55 nm.  

 

3.3 COREFLOOD EQUIPMENT AND METHODOLOGY 

3.3.1 Coreflood Equipment  

Stainless Steel Accumulator 

TEMCO™ stainless steel accumulators of 1L capacity was used to store and 

transfer the oil and surfactant into the coreholder. The accumulators have a piston. Water 

is injected from the pump into the bottom of the accumulator, where the floating piston 

displaces the injection fluid out of the accumulator and into the coreholder through an 

inline filter of 0.5 µm.  

Syringe Pumps 

Three Teledyne™ ISCO 500D syringe pumps were used during the coreflood 

procedures to apply an overburden pressure, to inject the aqueous phase, and to inject the 

methane gas. Methane gas was placed in the syringe pump and was used to pump the gas 
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into the coil to heat up the gas and equilibrate at the reservoir temperature (60 oC) before 

injecting into the coreholder. Surfactant solution in the accumulator was displaced by the 

reservoir brine in the syringe pump. 

Coreholder 

A TEMCOTM coreholder was used for core floods both in the presence and absence 

of oil. The core holder was mounted vertically, and fluids were injected from the top. Tap 

water at 750 psi was used as an overburden fluid to compress and seal the Viton rubber 

sleeve in which the core was placed. The pressure drop across the core was measured using 

a pressure transducer connected to the inlet and outlet of the core holder.  

Pressure Transducer 

Rosemount transducers were used to record pressure drops across the core. A 

pressure transducer records the pressure drop as a voltage, sends the voltage to a Data 

Acquisition Card connected to DATAQ, which records the voltages in tabular form. The 

voltage can be converted to pressure using a calibration curve.  

Backpressure Regulator (BPR) 

An Equilibar NC backpressure regulator was used at the outlet of the coreholder to 

maintain a constant upstream pressure and to reduce the effect of gas expansion at the core 

outlet. The backpressure regulator was set to 300-500 psi (to mimic the reservoir pressure 

conditions). 

Methane 

Methane gas greater than 99.9% purity from Praxair was used for gas injection.  
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Sandpack 

A 6-inch long sandpack was made using silica sand packed into a 0.6-inch metal 

tube. Surfactant and methane were coinjected into the top of the sandpack to form pre-

generated foam before entering the coreholder.  

 

3.3.2 Coreflood Set-Up 

The equipments discussed in 3.3.1 were assembled to form a coreflood set-up, as 

seen in Figure 3.7. The coreholder, accumulator containing the surfactant, and sandpack 

were placed inside a convection oven set at 60 oC, the reservoir temperature. The methane 

gas is pumped through 20 feet of metal tubing, allowing the gas to heat to reservoir 

temperature before entering the core. The surfactant was stored in an accumulator in the 

oven and could either go through the sandpack before entering the core or enter the core 

directly. The effluent fluid and methane gas are collected outside the oven. The foam at the 

outlet of the sandpack outlet was stabilized at the reservoir pressure by bypassing the core 

and connecting to the BPR pressure. Visual cells were placed at the sandpack outlet and 

before the core inlet and at the core outlet to verify foam was being formed in the sandpack 

and in-situ in the core and to determine the detrimental impact of oil on in-situ foam 

formation in the core.  
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Figure 3.7: Schematic of experimental setup for foam flow and oil displacement 

experiments (Singh & Mohanty, 2016) 

 

3.3.3 Core Sample Measurements 

Core Sample Preparation 

Texas Cream limestone cores used for all coreflood experiments and single phase 

foam study were 1.5 inches (3.8 cm) in diameter and 12 inches (30 cm) long. The core 

samples were dried in an oven overnight before use. The dry weight, length and diameter 

were measured before laminating with a FEP heat shrink tubing (Geophysical Supply 

Company, Houston, TX) to prevent fluids from flowing out of the core along the length of 

the core. The core was then placed in the coreholder, and an overburden pressure of 750 

psi was applied. On the other hand, the reservoir limestone cores were assembled together 

to form a composite core of length 7.85 inches (19.94 cm). These cores were used as 

obtained from the reservoirs (native state). The limestone rocks were unconsolidated and 
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had to be frozen with dry ice before drilling out small pieces of core to form the composite 

core used for the coreflood experiments. FEP heat shrink tubing was used to laminate the 

composite core and prevent loss of fluids during the experiment.  

Air Porosity 

Air porosity measurements were used to estimate the pore volume of the core 

sample. A pump filled with air was connected to the coreholder containing the core. A 

pressure gauge and a valve were in between the pump and the coreholder. While the 

coreholder was closed at both the outlet and inlet, a pressure and volume for the pump were 

recorded as the initial condition. The valve in between the pump and coreholder was 

opened, and the new pump pressure and volume was recorded. A certain volume of air was 

pumped into the coreholder, and the new pump pressure and the volume was recorded. 

Using Boyle’s Law, the volume of the void space can be calculated. 

 

(𝑷𝟏𝑽𝟏 + 𝑷𝟐𝑽𝟐)𝒊 = (𝑷𝟏𝑽𝟏 + 𝑷𝟐𝑽𝟐)𝒇     (3.8) 

 

Air Permeability  

After the pore volume was calculated, air was injected into the core at different 

rates. The steady state pressure of each flow rate was recorded, and the permeability to air 

was calculated using Darcy’s Law at room temperature condition. 

 

𝑞 =
−𝑘𝐴(𝑃𝑂

2−𝑃𝑖
2)

2𝜇𝑃𝑜𝐿
        (3.9) 

q is the flow rate of the air, A is the cross-sectional area of the core, μ is the viscosity of 

the air, Po is the outlet pressure, Pi is the inlet pressure, k is the air permeability and L is 

the length of the core. 
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Brine Saturation by Vacuum 

After air porosity and air permeability were measured, the core was then vacuum 

saturated with injection brine. The core was connected to a vacuum pump. CO2 was 

injected into the core; then the core was vacuumed to -13 psi. This was repeated three 

times. After the CO2   injection was stopped, the core was vacuumed for a few hours. CO2 

was used for this process, in case all the gases were not removed during the vacuum 

process, because CO2 is miscible with brine unlike air. After the core was vacuumed, brine 

was injected into the core at a constant pressure of 350 psi. Pore volume was estimated by 

change in pump volume during this saturation process.  

Pore Volume Calculations 

The estimation of the pore volume of the core from air porosity measurements and 

brine saturation was confirmed using a brine tracer test. During the brine tracer test, a brine 

four times the salinity of the brine originally in the core was injected at a constant flow. 

Two pore volumes of the higher salinity brine were injected into the core. The effluent was 

collected in 5 mL samples, and the salinity was measured using a refractometer. The brine 

salinity was normalized and plotted with respect to injected volume. The pore volume of 

the core for a non-vuggy core is the volume that corresponds to the normalized value of 

0.5. This graph estimated value is compared to the calculated values from the air porosity 

measurements and brine saturation process.  

Brine Permeability 

The formation brine was injected into the core at varying rates. The steady state 

pressure was recorded for each flow rate at room temperature condition. Brine permeability 

was calculated using Darcy’s Law and the slope of a plot of pressure versus rate.  
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𝑞 =
−𝑘𝐴∆𝑃

𝜇𝐿
         (3.10) 

q is the flow rate of the brine, A is the cross-sectional area of the core, ∆P is the pressure 

drop across the core, μ is the viscosity of the brine, and L is the length of the core.  

Initial Oil Saturation 

During oil saturation, oil was injected into the core at constant pressure of 300 psi 

displacing the brine that was previously in the core. Oil was injected until no more water 

was produced. The oil saturation was estimated using the equation below.  

 

𝑆𝑜𝑖 =
𝑉𝑤𝑎𝑡𝑒𝑟 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑

𝑉𝑃
        (3.11) 

𝑆𝑜𝑖 is the initial oil saturation, 𝑉𝑤𝑎𝑡𝑒𝑟 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑  is the volume of water that is displaced by 

the oil and 𝑉𝑃 is the pore volume of the core.  

Aging 

After the core was saturated with oil, it was placed in a glass container and filled 

with Crude Oil A. The container was placed in an oven set at 80 oC for 3-4 weeks, allowing 

the core to change from water wet to oil wet.  

Effective Oil Permeability 

Once the core is aged at residual water saturation, the effective oil permeability can 

be measured. Oil was injected at a constant flow rate until the pressure drop across the core 

was stabilized at reservoir temperature. The effective oil permeability was calculated using 

Darcy’s law with respect to oil (at connate water saturation) using the equation below. 

 

𝑞𝑜 =
−𝑘𝑜𝐴∆𝑃

𝜇𝑜𝐿
         (3.12) 
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ko is the effective oil permeability, qo is the flow rate of the oil, A is the cross-sectional 

area of the core, ∆P is the pressure drop across the core, L is the length of the core, and 

𝜇𝑜is the viscosity of the oil at reservoir temperature.   

 

3.3.4 Coreflood  

Two types of corefloods were conducted in this study. The first set of corefloods 

performed were in the absence of oil (single phase foam experiment) to determine the foam 

strength generated in the porous media. The second type of corefloods performed were 

alternating injection of gas and surfactant in the presence of oil to determine the viability 

of the surfactant formulation as an effective enhanced oil recovery technique with 

generation of in-situ foam. 

 

3.3.4.1 Single Phase Foam Experiment 

Corefloods in the absence of oil were performed with the surfactant formulation 

screened from other preliminary tests. The primary objective of these floods was to 

determine the pressure drop across the core. After the core was saturated with brine and 

brine permeability was measured, 10 PV of brine and methane gas at 80% quality was co-

injected at 4 ft/day into the core until the pressure drop across the core stabilized. This step 

was the base case study for the single phase foam study. After this process, methane and 

surfactant solution at 80% quality was co-injected into a sandpack to pre-generate foam 

before injecting into the core. The pre-generated foam was visible in the view cell attached 

at the outlet of the sandpack. This pre-generated foam was then injected at 4 ft/day into the 

core from the top of the coreholder for about 10 PV until the pressure drop got stabilized. 

The pressure drop across the core for both these processes were recorded with the pressure 
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transducer. Mobility reduction factor (resistance factor) is defined as the ratio of the 

pressure drop in presence of foam to the pressure drop in absence of foam (base case study). 

 

𝑴𝑹𝑭 =   
∆𝑷𝒔𝒖𝒓𝒇+𝒈𝒂𝒔

∆𝑷𝒃𝒓𝒊𝒏𝒆+𝒈𝒂𝒔
        (3.13) 

 

3.3.4.2 Oil Displacement Experiments 

After the core had been characterized, saturated with oil and aged for 1 month, a 

gasflood was performed on the core to determine secondary recovery. The gas injection 

was conducted at 0.5 ft/day until no more oil was produced and pressure drop was 

monitored. Effluent samples were collected to calculate cumulative oil recovery and in-

situ oil saturation as a function of pore volumes of fluids injected. After this step, 

alternating slugs of surfactant solution and gas were injected to study the effect of in-situ 

foam generation and mobility control. The total surfactant injection in these processes were 

0.5 PV to compare the effect of slug size variations. The slug sizes of alternating injection 

were varied to study the impact of smaller slug size on incremental oil recovery. Pressure 

drop across the core was monitored for each of these processes. Gas and surfactant solution 

were injected at 0.5 ft/day. Finally, more gas was injected at 0.5 ft/day until no additional 

oil was produced. The effluent samples were collected, and the oil cut, residual oil 

saturations, and cumulative oil production were determined using the following equations.  

 

𝑓𝑜 =
𝑉𝑜𝑖𝑙

𝑉𝑜𝑖𝑙+𝑉𝑤𝑎𝑡𝑒𝑟
        (3.14) 
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In the oil cut equation above, 𝑓𝑜 is the oil cut, 𝑉𝑜𝑖𝑙 is the effluent oil volume, and 

𝑉𝑤𝑎𝑡𝑒𝑟 is the effluent water volume.  

 

𝑁𝑝 =
∑ 𝑉𝑜𝑖𝑙

𝑉𝑝
         (3.15) 

In the cumulative oil production equation above, 𝑁𝑝 is the cumulative oil produced, 

𝑉𝑜𝑖𝑙 is the effluent oil volume, and 𝑉𝑝 is the pore volume.  
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Chapter 4: Results 

This chapter contains the results of the experiments done on the surfactants to 

determine aqueous stability, phase behavior experiments, foaming ability, adsorption, and 

bulk foam stability, as well as results of the foam capabilities of the surfactants in porous 

media both in the absence and the presence of oil.  

 

4.1 RESULTS OF SURFACTANT CHARACTERIZATION  

4.1.1 Aqueous Stability 

The aqueous stability of each of the surfactants can be seen in Tables 4.1 to 4.5. 

The anionic surfactants were tested at different salinities and different temperatures, 

whereas, the cationic surfactant was tested at different temperatures. All the anionic 

formulations had a total surfactant concentration of 0.5 wt% and EDTA concentration was 

kept constant at 1.5 wt%. In these tables, “Clear” indicates that the surfactant solution was 

clear and aqueous stable, “Hazy” indicates that the solution was hazy and not aqueous 

stable, “Cloudy” indicates that the solution was cloudy and not aqueous stable. Table 4.1 

shows that the Alf S1 which is a sulfate compound is stable at lower temperatures and 

becomes unstable at higher temperature. The aqueous stability of the cationic surfactant 

solution is shown in Table 4.2. The addition of non-ionic surfactant to the cationic 

surfactant helped to increase the stability at higher temperature. Table 4.3 with AOSC14-16 

shows the enhanced stability of sulfonate surfactant compounds at higher temperature and 

higher salinity. Addition of cosolvents helped to increase the aqueous stability of Alf S1 at 

lower temperatures but at temperatures above 100 oC they become unstable as shown in 

Table 4.4. Addition of a co-surfactant IOSC15-18 on the other hand reduced the aqueous 
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stability of Alf S1 and at temperatures above 40 oC the surfactant solution became unstable 

as shown in Table 4.5.  

 

Inj. Brine 

(ppm) 

Na2CO3 

(wt%) 
25oC 40oC 60oC 80oC 120oC 

12008 1.8 Clear Clear Clear Clear Cloudy 

12008 
1.9 Clear Clear Clear Cloudy Cloudy 

12008 
2.0 Clear Clear Clear Cloudy Cloudy 

12008 
2.1 Clear Clear Clear Cloudy Cloudy 

12008 
2.2 Clear Clear Clear Cloudy Cloudy 

12008 
2.3 Clear Clear Clear Cloudy Cloudy 

Table 4.1: Aqueous stability results of Alf S1 (0.5 wt%) at varying Na2CO3 

concentration and varying temperature 

 

Inj. Brine 

(ppm) 
25oC 40oC 60oC 80oC 120oC 

12008 Clear Clear Clear Clear Clear 

Table 4.2: Aqueous stability results of DTAB (0.2 wt%) + NP-10 (0.2 wt%) at varying 

temperature  
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Inj. Brine 

(ppm) 

Na2CO3 

(wt%) 
25oC 40oC 60oC 80oC 120oC 

12008 1.5 Clear Clear Clear Clear Clear 

12008 
1.75 Clear Clear Clear Clear Clear 

12008 
2.0 Clear Clear Clear Clear Clear 

12008 
2.25 Clear Clear Clear Clear Clear 

12008 
2.5 Clear Clear Clear Clear Clear 

Table 4.3: Aqueous stability results of AOSC14-16 (0.5 wt%) at varying Na2CO3 

concentration and varying temperature 

 

Inj. Brine 

(ppm) 

Na2CO3 

(wt%) 
25oC 40oC 60oC 80oC 120oC 

12008 1.8 Clear Clear Clear Clear Cloudy 

12008 
2.0 Clear Clear Clear Clear Cloudy 

12008 
2.2 Clear Clear Clear Clear Cloudy 

12008 
2.4 Clear Clear Clear Clear Cloudy 

12008 
2.6 Clear Clear Clear Clear Cloudy 

12008 
2.8 Clear Clear Clear Cloudy Cloudy 

Table 4.4: Aqueous stability results of Alf S1 (0.5 wt%) + TEGBE (0.5 wt%)  at varying 

Na2CO3 concentration and varying temperature 
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Inj. Brine 

(ppm) 

Na2CO3 

(wt%) 
25oC 40oC 60oC 80oC 120oC 

12008 1.75 Clear Cloudy Cloudy Cloudy Cloudy 

12008 
2.0 Clear Cloudy Cloudy Cloudy Cloudy 

12008 
2.25 Clear Cloudy Cloudy Cloudy Cloudy 

12008 
2.5 Clear Cloudy Cloudy Cloudy Cloudy 

12008 
2.75 Clear Cloudy Cloudy Cloudy Cloudy 

12008 
3.0 Clear Cloudy Cloudy Cloudy Cloudy 

Table 4.5: Aqueous stability results of Alf S1 (0.25 wt%) + IOSC15-18 (0.25 wt%) at 

varying Na2CO3 concentration and varying temperature 

 

4.1.2 Phase Behavior Experiments 

 This section contains the phase behavior experiments with Crude Oil A and 

anionic surfactants. IFT between oil and cationic surfactants are generally higher leading 

to the formation of macroemulsions. Hence no Winsor type III region is found. The anionic 

surfactants Alfoterra S1, Alfoterra S2, IOSC15-18, IOSC24-28, and AOSC14-16 were used for 

these experiments. The anionic surfactant formulations included Na2CO3 as the alkali (also 

for salinity scan) and EDTA as the chelating agent. Total surfactant concentration in each 

of these experiments was kept constant at 0.5 wt% and the EDTA concentration was 

constant at 1.5 wt%.  
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Phase behavior experiments with anionic surfactants    

Alfoterra surfactants S1 and S2 produced by Sasol have the same number of carbon 

chains but differ in the number of PO groups in each of the surfactant molecules with S1 

and S2. Phase behavior set 1 and 2 was performed with Alf S1 (0.5 wt%) as the only 

surfactant. This surfactant produced good Winsor type III regions showing ultra-low IFT 

formulation with crude oil A1 and A2 as shown in Figure 4.1 and Figure 4.3 respectively. 

Figure 4.2 shows the plot of solubilization ratio at varying salinity for the phase behavior 

set 1. The optimal salinity was found to be at 2 wt% Na2CO3 and Huh’s correlation gives 

us an IFT of 0.0005 dynes/cm. Phase behavior set 2 also produced an optimal salinity 

between 1.9 – 2.1 wt% Na2CO3. These two experiments signify that both the batches of the 

crude oil were chemically similar since the optimal salinity occurred around the same total 

salt concentration of the formulation. 

 

 
Na2CO3 

(wt%) 

1.8% 1.9% 2.0% 2.1% 2.2% 2.3% 2.4% 2.5% 2.6% 2.7% 

Figure 4.1: Phase behavior set 1 with Alf S1 (0.5 wt%) in crude oil A1 
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Figure 4.2: Optimal salinity plot for phase behavior set 1 in crude oil A1 

 

     
Na2CO3 

(wt%) 

0.5% 1.0% 1.25% 1.5% 1.75% 2.0% 2.25% 2.5% 2.75% 3.0% 

Figure 4.3: Phase behavior set 2 with Alf S1 (0.5 wt%) in crude oil A2 

  

Phase behavior set 3 was performed with Alf S2 (0.5 wt%) as the only surfactant 

with crude oil A1. This formulation produced did not produce good Winsor type III region 
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in the measured salinity range compared to Alf S1 formulation as shown in Figure 4.4. The 

salinity scans at a very lower range did show some Winsor type III region but no distinct 

transitions between Winsor type regions. The microemulsions formed with this surfactant 

were also of high viscosity and not readily flowing. 

 

   
Na2CO3 

(wt%) 

1.9% 2.0% 2.1% 2.2% 2.3% 2.4% 2.5% 2.6% 2.7% 2.8% 

Figure 4.4: Phase behavior set 3 with Alf S2 (0.5 wt%) in crude oil A2 

  

Phase behavior set 4 was performed with Alf S1 (0.25 wt%) and Alf S2 (0.25 wt%) 

to study the synergistic effect of both the surfactant molecules with crude oil A2. The 

results from Figure 4.5 shows that there Alf S1 was able to significantly improve the 

performance of the surfactant Alf S2. The optimal salinity was found to be in the range of 

0.8 – 1.1 wt% Na2CO3 but unfortunately the microemulsion viscosity was found to be 

higher compared to that of Alf S1.  
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Na2CO3 

(wt%) 

0.5% 0.75% 1.0% 1.25% 1.5% 1.75% 2.0% 2.25% 2.5% 2.75% 

Figure 4.5: Phase behavior set 4 with Alf S1 (0.25 wt%) + Alf S2 (0.25 wt%) in crude oil 

A2 

 

Phase behavior set 5 was performed with Alf S1 (0.5 wt%) and co-solvent TEGBE 

(0.5 wt%) to study the effect of co-solvents in stabilizing the microemulsion formed in the 

Winsor type III region. The addition of co-solvents are expected to reduce the 

microemulsion viscosity and reduce the equilibration time for the microemulsions, 

although it tends to increase the optimal salinity mostly. The optimal salinity was found to 

be between 2.2 – 2.4 wt% Na2CO3 as shown in Figure 4.6. Phase behavior set 6 was 

performed with the same surfactant as set 5, but with TEGBE (1 wt%) to explore the effect 

of concentration of co-solvent in the surfactant formulation. The optimal salinity for this 

formulation was found to be higher, as expected, in the range of 2.4 – 2.7 wt% Na2CO3 as 

shown in the Figure 4.7.  
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Na2CO3 

(wt%) 

2.0% 2.2% 2.4% 2.6% 2.8% 3.0% 3.2% 3.4% 3.6% 3.8% 

Figure 4.6: Phase behavior set 5 with Alf S1 (0.5 wt%) + TEGBE (0.5 wt%) in crude oil 

A2 

 

  
Na2CO3 

(wt%) 

2.1% 2.2% 2.3% 2.4% 2.5% 2.6% 2.7% 2.8% 3.0% 3.2% 

Figure 4.7: Phase behavior set 6 with Alf S1 (0.5 wt%) + TEGBE (1 wt%) in crude oil 

A2 
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 Phase behavior set 7 was performed with Alf S1 (0.25 wt%) and IOSC15-18 

(0.25 wt%) to study the effect of addition of a co-surfactant. IOSC15-18 has a higher 

hydrophilic-lipophilic balance (HLB) and hence increases the optimal salinity to higher 

values. The optimal salinity was found to be in the range of 2.25 – 2.5 wt% Na2CO3 as 

shown in Figure 4.8. Phase behavior set 8 was performed with Alf S1 (0.25 wt%) and 

IOSC24-28 (0.25 wt%) to study the effect of addition of a more hydrophobic surfactant with 

a longer carbon chain on the optimal salinity and the microemulsion formation. The 

optimal salinity was expected to decrease with the addition of a more hydrophobic 

surfactant, but Figure 4.9 shows that this more hydrophobic surfactant in combination with 

Alf S1 was unable to form good Winsor type III in the measured salinity range and hence 

was not a good choice for the surfactant formulation.  

 

  
Na2CO3 

(wt%) 

1.25% 1.5% 1.75% 2.0% 2.25% 2.5% 2.75% 2.0% 

Figure 4.8: Phase behavior set 7 with Alf S1 (0.25 wt%) + IOSC15-18 (0.25 wt%) in crude 

oil A2 
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Na2CO3 

(wt%) 

1.0% 1.25% 1.5% 1.75% 2.0% 2.25% 2.5% 2.75% 3.0% 

Figure 4.9: Phase behavior set 8 with Alf S1 (0.25 wt%) + IOSC24-28 (0.25 wt%) in crude 

oil A2 

  

Phase behavior set 9 was performed with a foaming surfactant AOSC14-16 (0.5 wt%) 

to study the microemulsion formation with crude oil A1. Figure 4.10 shows that this 

surfactant was unable to form Winsor type III emulsions which signify that it did not form 

ultra-low IFT formulation, and hence no optimal salinity was found. Phase behavior 10 

was performed to study the synergistic effect of Alf S1 (0.25 wt%) and AOSC14-16 (0.25 

wt%). Figure 4.11 shows that the effect of AOSC14-16 dominated the performance of the 

formulation and was also unable to form low IFT solutions, hence no Winsor type III 

region.  
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Na2CO3 

(wt%) 

1.0% 1.2% 1.4% 1.6% 1.8% 2.0% 2.2% 2.4% 2.6% 

Figure 4.10: Phase behavior set 9 with AOSC14-16 (0.5 wt%) in crude oil A1 

  

 
Na2CO3 

(wt%) 

1.0% 1.25% 1.5% 1.75% 2.0% 2.25% 2.5% 2.75% 3.0% 

Figure 4.11: Phase behavior set 10 with Alf S1 (0.25 wt%) + AOSC14-16 (0.25 wt%)  
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 Based on the phase behavior experiments for all the surfactant formulations, 

some of the formulations were preferred than the others. Table 4.6 shows the summary of 

the best formulations chosen from the list of experiments performed above. 

 

Surfactant Formulations Optimal 

Salinity (wt% 

Na2CO3) 

Aqueous 

Stability at 

Optimal Salinity 

IFT 

(dynes/cm) 

Alf S1 (0.5 wt%) + EDTA (1.5 wt%)             2              Yes 0.0005 

Alf S1 (0.5 wt%) + TEGBE (0.5 wt%) 

+ EDTA (1.5 wt%) 

                           

2.4 

                                     

Yes 

                        

n/a 

Alf S1 (0.25 wt%) + IOSC15-18 (0.25 

wt%) + EDTA (1.5 wt%) 

                                 

2.5 

                                   

No 

                            

n/a 

Table 4.6: Summary of the Phase Behavior Experiments 

 

4.1.3 Wettability Alteration Experiments       

This preliminary screening tests help to identify surfactant formulations that alters 

the wettability of the carbonate rocks from oil-wet or mixed-wet to water-wet condition by 

measuring the contact angle change of oil droplets on the rock surface. Oil-aged calcite 

chips are used for these experiments to mimic the behavior of these surfactants on a 

carbonate rock. This section includes wettability alteration experiments with surfactants 

Alf S1 (0.5 wt%), DTAB (0.2 wt%) + NP-10 (0.2 wt%), and AOSC14-16 (0.5 wt%). Figure 
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4.12 shows the qualitative analysis of this experiment with surfactant Alf S1 (0.5 wt%) 

+1.5 wt% EDTA + 2 wt% Na2CO3 (optimal salinity from the phase behavior experiment). 

This surfactant formulation was able to change the wettability of the calcite chip from oil-

wet to water-wet. The oil droplet sizes on the chip were small due to low IFT.  

         

 

Figure 4.12: Contact angle experiment on calcite plate with surfactant Alf S1 (0.5 wt%) 

 

A quantitative analysis of the wettability change by this surfactant formulation was 

performed using the following method. Contact angle of the oil on the calcite surface was 

measured using the Goniometer to determine the change of the wettability of the surface 

with time. Figure 4.13 shows the snapshots of the oil droplet on the calcite chip at different 

wettability stages and also a plot of the change of contact angle with time. 

 

 

 

                       

Oil aged in formation brine Just after putting surfactant 

solution  

3 days after putting 

surfactant solution 
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      (a) 

 

      (b) 

Figure 4.13: (a) Contact angles on calcite chips (b) Measurement in goniometer with time 

  

In addition, wettability alteration experiments were performed with DTAB (0.2 

wt%) + NP-10 (0.2 wt%) and AOSC14-16 (0.5 wt%). The addition of non-ionic surfactant 

NP-10 helped to make the cationic surfactant more aqueous stable at high temperature and 

also enhanced the foaming ability of DTAB. Figure 4.14 shows that the combination of 

cationic and non-ionic surfactant was able to alter the wettability of the calcite chip from 

oil-wet to water wet. Cationic formulations generally have higher IFT compared to anionic 

surfactants, hence the oil droplets on the calcite chips were bigger. Figure 4.15 shows that 

Θ  =  113˚  Θ  =  35˚  Θ  =  39˚  
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the anionic surfactant AOSC14-16 is not a good wettability altering agent, hence was not able 

to alter the oil-wet calcite chips to water-wet. The EDTA concentration and Na2CO3 

concentration were kept constant as in the formulation with Alf S1 for this comparative 

study. 

              

           

             

Figure 4.14: Contact angle experiment on calcite plate with DTAB (0.2 wt%) + NP-10 (0.2 

wt%) 

         

 

Figure 4.15: Contact angle experiment on calcite plate with AOSC14-16 (0.5 wt%) + EDTA 

(1.5 wt%) + Na2CO3 (2 wt%) 

 

4.1.4 Bulk Foam Stability Results 

This preliminary test is to identify the foaming ability of the surfactant formulations 

in bulk. The bulk foam is formed in a sealed glass cylinder by sparging air at a very low 

rate at reservoir temperature 60 oC (in an oven) in a fixed volume of surfactant solution to 

Oil aged in formation brine Just after putting surfactant 

solution  
9 hours after putting into 

surfactant solution 

Oil aged in formation brine Just after putting surfactant 

solution  
9 hours after putting into 

surfactant solution 
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keep the quality same. The experiments were repeated twice with each of the surfactant 

formulation and the average half-life was reported to reduce the experimental errors. 

Anionic surfactants Alf S1 (0.5 wt%) and AOSC14-16 (0.5 wt%) seemed to have higher half-

life compared to the combination of DTAB (0.2 wt%) + NP-10 (0.2 wt%). AOSC14-16, also 

commercially known as Bioterge, is one of the better foaming agents available and hence 

bulk foam stability results show that the half-life is atleast 20-25 times more than the other 

surfactants considered for this experiment. Bulk foam tests were also performed with crude 

oil, and, as expected, oil had a detrimental impact on the foam stability and reduced the 

half-life significantly.  Table 4.7 shows the summary of the bulk foam stability experiments 

with and without crude oil. Results showed that the bulk foam stability rank was Surf S3> 

S1> S2. 

 

Surfactant formulations Viscosity, 

cp (60 
o
C) 

pH Half-life, 

minutes (no 

oil) 

Half-life, 

minutes 

(with oil) 

S1: Alf (0.5 wt%) + EDTA 

(1.5 wt%) + Na
2
CO

3
 (2 wt%) 

0.80 11.35 3.25 + 0.25 1.3 + 0.05 

S2: 0.2 wt% DTAB + 0.2 

wt% NP-10  

0.6 4.21 2 + 0.25 1.5 + 0.1 

S3: AOSC14-16 (0.5 wt%) + 

EDTA (1.5 wt%) + Na2CO3 

(2 wt%) 

1.2 11.66 79 + 7 5.7 + 1 

Table 4.7: Bulk foam stability results at 60 oC 
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4.1.5 Measurement of Spreading, Entering, and Bridging Coefficients 

This preliminary screening test is an important step in determining the foam 

stability in the presence of oil inside the porous medium and helps to determine the foam 

rheology inside the porous medium. Spinning drop tensiometer was used to measure the 

interfacial tension for the low IFT anionic surfactant formulation and Rame Hart 

goniometer was used to measure the surface tension for other surfactant formulations and 

also the surface tensions for surfactant/gas and oil/gas. All the measurements were taken 

at reservoir temperature 60 oC. Table 4.8 shows the summary of the surface tension and 

IFT measurements for the different surfactant formulations.  

 

Surfactant formulation 𝜸𝑺
𝑶⁄  𝜸𝑺

𝑮⁄  𝜸𝑶
𝑮⁄  S E B 

S1: Alf (0.5 wt%) + EDTA 

(1.5 wt%) + Na
2
CO

3
 (2 wt%) 

0.0005 34.68 21.8 12.88 12.88 727.46 

S2: 0.2 wt% DTAB + 0.2 

wt% NP-10  

3.9 38.2 21.8 12.5 20.3 999.21 

S3: AOSC14-16 (0.5 wt%) + 

EDTA (1.5 wt%) + Na2CO3 

(2 wt%) 

0.38 28.0 21.8 5.82 6.58 308.90 

Table 4.8: Surface tension and IFT measurements for the surfactant solutions 

  

The calculated values of spreading, entering, and bridging coefficients give a 

qualitative measurement of the foam quality to predict the stability in the presence of oil. 

Hence it’s a useful parameter to understand the foam rheology and the performance inside 

the porous medium. Table 4.8 provides the summary of the measurements of each of these 
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coefficients for different surfactant formulations. The values of S, E, and B were all 

positive for all the surfactant formulations chosen which signify that the oil destabilized 

the foam in the porous medium. Lee and Wasan (2012) in their paper suggested that the 

stability of foams decreases with increasing spreading, entering and bridging coefficients. 

Table 4.8 showed that the rank of foam stability for the different formulations were Surf 

S3 > S1> S2.  

4.1.6 Spontaneous Imbibition Experiment 

The wettability alteration ability of a surfactant solution is further quantified by this 

static imbibition experiment. This imbibition experiment was conducted on a reservoir core 

plug, properties mentioned in Table 3.2., aged with crude oil A for 3-4 weeks. The 

surfactant formulation used for this experiment was Alf S1 (0.5 wt%) + EDTA (1.5 wt%) 

+ Na2CO3 (2 wt%) (obtained from phase behavior experiments). Figure 4.16 shows the oil 

recovered from the hard brine surfactant formulation in the imbibition cell after 3 weeks. 

The surfactant brine solution became dark, probably because of the high oil solubilization. 

Hence the oil recovery due to imbibition was measured assuming the oil to be uniformly 

distributed in the dark solution and used emulsotron to break the oil in water emulsion and 

estimate the oil content in the solution. The final oil recovery due to imbibition was 

measured to be 49.6%.  EDTA plays an important role in the wettability alteration of the 

rock and imbibition of brine. Figure 4.17 shows the cumulative oil recovery during this 

experiment with changing time.  
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          (a)      (b) 

Figure 4.16: (a) Oil recovery by hard brine surfactant formulation in the imbibition cell  

(b) the close up picture of the core 

  

Figure 4.17: Cumulative oil recovery vs time during spontaneous imbibition 

 

0

10

20

30

40

50

60

0 50 100 150 200 250 300

O
il 

R
ec

o
ve

ry
 %

Time (hrs)



 70 

4.1.7 Anionic Surfactants Adsorption Study 

The adsorption study for the surfactants gives an estimate of the surfactant loss 

inside the porous medium due to adsorption on rock surfaces. This study is crucial for the 

economic viability of the use of surfactant formulation. Anionic surfactants being 

negatively charged have higher tendency to get attached on the positively charged 

carbonate rock, hence high adsorption number in most situations. Batch adsorption study 

and dynamic adsorption study in a porous medium was performed with AOSC14-16 and Alf 

S1 surfactants, respectively to estimate this adsorption number.  

 

4.1.7.1. Batch Adsorption Study 

Batch adsorption experiments were performed on AOSC14-16 samples of 0.1 wt%, 

0.25 wt%, and 0.5 wt%, and the HPLC area measured was 8.8, 308.2, and 842.3, 

respectively. Using the calibration curve as shown in Figure 4.18, the amount of surfactant 

remaining was determined using Equation 3.6, and the adsorption number for AOSC14-16 

was found to be 0.15, 0.19, and 0.26 mg/g, respectively. The adsorption of AOSC14-16 

showed Langmuir type behavior, increasing adsorption with increasing concentrations 

until the CMC of the surfactant, at which point the adsorption should remain constant with 

increases in concentration, which is expected for surfactant adsorption on carbonate 

reservoirs. Table 4.9 gives the summary of the batch adsorption experiment with anionic 

surfactant AOSC14-16. 
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Figure 4.18: AOSC14-16 calibration curve in HPLC for static adsorption 

 

AOSC14-16 Concentration Adsorption number (mg/g) 

0.1 wt% 0.15 

0.25 wt% 0.19 

0.5 wt% 0.26 

Table 4.9: Summary of the batch adsorption experiment with AOSC14-16 

 

4.1.7.2. Dynamic Adsorption Study 

Dynamic adsorption experiment was performed with Alf S1 in Texas Cream 

Limestone rock. First, the carbonate rock was brine saturated at 60 oC. This step was 

followed by injection of a higher salinity brine of 40000 ppm to perform a tracer test 
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analysis on this limestone rock. The effluent concentration was measured using the 

refractrometer to obtain the tracer test profile as shown in Figure 4.18. Then, we injected 

another 2 PV of reservoir brine to restore the core in its initial state of brine saturation. The 

injection rate for the dynamic adsorption experiment was kept constant at 1 ft/D. 2 PV of 

the surfactant solution (Alf S1 (0.5 wt%) + EDTA (1.5 wt%) + Na2CO3 (2 wt%)) was 

injected into the limestone core and effluent samples were collected at every 0.1 PV. The 

average pressure drop during this step was monitored. Finally, 2 PV of reservoir brine was 

injected to estimate the final surfactant retention after the desorption step. Figure 4.19 

shows only the adsorption profile of the surfactant solution in Texas Cream limestone. The 

delay in the adsorption profile compared to the tracer test signifies the delay in surfactant 

breakthrough due to adsorption on the rock surface. The adsorption number obtained from 

this experiment was calculated using Equation 3.7 and was reported to be 0.112 mg/g.  

  

Figure 4.19: Tracer test analysis and dynamic adsorption experiment with Alf S1 
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4.1.8 Single Phase Foam Experiment 

Foam flow experiments were conducted to investigate the foam strength of the 

surfactant solutions in Texas Cream limestone rocks. The total surfactant concentration 

was kept constant at 0.5 wt% for anionic surfactants and at 0.4 wt% for cationic non-ionic 

surfactants. These experiments were conducted in the absence of oil and therefore, the 

cores were not saturated with crude oil. The total flow rate in these experiments was kept 

constant at 4 ft/day. This was done to achieve sufficient pressure drop across the core which 

can be measured accurately with the devices. These experiments were performed with a 

backpressure of 500 psi to mimic the reservoir pressure condition. Before each run, 

sufficient time (> 12 hours) was allowed to obtain thermal equilibrium in the system.  

 First, a base case was performed in which brine and methane gas were co-injected 

at 80% quality. The average pressure drop after 10 PV of injection was recorded. In the 

subsequent experiments, different surfactant formulations were used as the foaming agent. 

After the base case, another 10 PV of surfactant solution was injected until a steady state 

pressure drop was obtained. Figure 4.20 shows the pressure drop profiles for surfactant 

formulations S1, S2 and S3 as shown in Table 4.10. The average steady state pressure was 

monitored for this step and the foam resistance factor (ratio of pressure drop due to foam 

flow and pressure drop for the base case) was calculated for each of the surfactant 

formulations. The low resistance factors reported in Table 4.10 are reasonable in low 

permeability rocks as suggested in the literature (Prieditis and Paulett, 1992).  
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(a)         (b) 

 

            (c)  

Figure 4.20: Pressure drop profiles for foam flow experiments in absence of crude oil with 

(a) surf S1, (b) surf S2, (c) surf S3 

  

The above plots are in agreement with the trend of the foam stability results 

discussed earlier. The pressure fluctuations observed in the above plots are primarily due 

to foam generation and coalescence in the porous medium and also effect of the 

fluctuations in the back pressure regulator (BPR). The low permeability of the porous 

medium also contributes to the rapid foam collapse signifying difficulty in stable foam 

generation in lower permeable rocks. Based on the foam strength in the porous media and 

the mobility reduction factor values (calculated based on the average pressure drops), as 
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mentioned in Table 4.10, the surfactant solutions can be ranked for better foaming agent in 

the following order: S3> S1> S2. 

 

Surfactant Formulation Core 

Permeability 

(mD) 

∆𝐏𝐛𝐫𝐢𝐧𝐞+𝐠𝐚𝐬 

(𝐩𝐬𝐢) 

∆𝐏𝐬𝐮𝐫𝐟+𝐠𝐚𝐬 

(psi) 

 

Resistance   

Factor 

S1: Alf S1 (0.5 wt%) + EDTA 

(1.5 wt%) + Na2CO3 ( 2 wt%)          

                   

15.38 

                    

6.78 

                    

23.14 

                      

3.4 

S2: DTAB (0.2 wt%) + NP-10 

(0.2 wt%) 

                        

13.8 

                    

8.35 

                    

12.44 

                       

1.5 

S3: AOSC14-16 (0.5 wt%) + 

Na2CO3 (2 wt%) + EDTA (1.5 

wt%) 

                  

10.77 

                   

9.97 

                     

43.24 

                      

4.4 

Table 4.10: Summary of the single phase foam flow experiments in Texas Cream 

limestone 

 

4.2 OIL DISPLACEMENT EXPERIMENTS 

Based on all the preliminary screening experiments performed with different 

surfactant formulations and their properties in terms of IFT reduction, wettability 

alteration, bulk foam study, and single phase foam flow experiments, it is very important 

for the surfactant solution to alter wettability of the oil-wet carbonate rock to generate 

stable foam. The preliminary foam experiments showed that AOSC14-16 was a better choice, 

but this formulation was unable to alter the wettability of the oil-wet calcite chips. The 

cationic surfactant did alter the wettability of the calcite chip but the foam properties and 

IFT reduction was inferior compared to Alf S1. Hence the surfactant formulation chosen 

for the core floods experiments was formulation S1 from Table 4.10. This formulation was 
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able to provide ultra-low IFT, good wettability alteration, and good foam resistance factor. 

Oil displacement experiments with surfactant formulation S1 was performed with 

Limestone reservoir cores and outcrop Texas Cream limestone cores. The properties of the 

cores used for these experiments have been tabulated in Table 3.2. The summary of the 

injection schemes followed in each of these experiments are provided in Table 4.11. 

 

Core 

flooding 

1st gas 

slug 

2nd alternating 

surfactant – gas slug 

3rd 

gas 

slug 

4th alternating 

surfactant-gas slug 

5th 

gas 

slug 

Injection 

rate 

(ft/D) 

1 2 PV 0.4 PV total of 0.5 wt% 

Alf S1 with 4 cycles 

0.1 PV slug each of 

surfactant and gas 

alternating 

2 PV   0.5 

2 1.5 PV 0.4 PV total of 0.5 wt% 

Alf S1 with 8 cycles 

0.05 PV slug each of 

surfactant and gas 

alternating 

1.2 

PV 

0.6 PV total of 0.5 

wt% Alf S1 with 6 

cycles 0.1 PV slug 

each of surfactant and 

gas alternating 

1 PV 0.5 

3 3.5 PV 0.5 PV total of 0.5 wt% 

Alf S1 with 1 big slug 

2.5 

PV 

  0.5 

4 3.4 PV 0.5 PV total of 0.5 wt% 

Alf S1 with 5 cycles 

0.1 PV slug each of 

surfactant and gas 

alternating 

2 PV   0.5 

Table 4.11: Summary of the injection schemes followed in oil displacement experiments 
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In Coreflood 1, the core plugs with an average oil permeability, in presence of 

initial water saturation, of 2.3 mD and initial oil saturation of 0.763 were flooded with 2.0 

PV of methane gas and recovered 12% of the OOIP during this first gas injection. The 

average pressure drop during this step was 3 psi. Then alternating slugs of 0.1 PV each of 

surfactant S1 and gas were injected with a total surfactant injection of 0.4 PV. Surfactant-

alternating-gas recovers 25% OOIP additional oil. There was no additional oil recovery 

with the injection of 2 PV of methane gas after the alternating slug injections. Figure 4.21 

shows the cumulative oil recovery which increased to about 37% at the end of the 

alternating surfactant-gas slugs. The third slug, 2 PV of methane gas flood had no 

additional oil recovery with the ultimate oil recovery at 37%. Foam was generated during 

the alternating surfactant gas injection as indicated by the rise in pressure drop from 3 psi 

to 14 psi during this phase and also probably the effect of microemulsion formation. Figure 

4.20 shows the cumulative oil recovery along with the water recovery in the effluent and 

also the corresponding pressure drops during each phase of the experiment. Figure 4.22 

shows the in-situ saturations of oil, water, and gas during each phase of the experiment 

from mass balance of all the phases present in the porous medium at any time.  
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Figure 4.21: Cumulative oil recovery, water recovery and pressure drop for Coreflood 1 

 

 

Figure 4.22: In-situ saturation values for oil, water and gas inside the core for Coreflood 1 
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In Coreflood 2, the core plugs with an average oil permeability, in presence of 

initial water saturation, of 1.68 mD and initial oil saturation of 0.783 were flooded with 1.5 

PV of methane gas and recovered 31% of the OOIP during this first gas injection. The 

average pressure drop during this step was about 10 psi. Then alternating slugs of 0.05 PV 

each of surfactant S1 and gas were injected with a total surfactant injection of 0.4 PV. 

Surfactant-alternating-gas recovers 28% OOIP additional oil. The average pressure drop 

increased from 10 psi in the gas injection to about 65 psi in this alternating stage. The 3rd 

slug of 1.2 PV of methane gas produced an additional of 8% OOIP after the alternating 

slug injections. Again alternating slugs of 0.1 PV each of surfactant S1 and gas were 

injected with a total surfactant injection of 0.6 PV. This alternating slugs recovered 11% 

OOIP additional oil. This alternating stage realized even higher pressure drop increase from 

15 psi in gas injection to about 100 psi. The last slug of 1 PV of methane gas recovered an 

additional of 2% OOIP. Figure 4.23 shows the cumulative oil recovery which increased to 

about 59% at the end of the alternating surfactant-gas slugs. The third slug, 1.2 PV of 

methane gas flood with an additional oil recovery of 8% OOIP increased the ultimate oil 

recovery to 67%. The second alternating slugs increased oil recovery further to 78% OOIP. 

The last final slug of 1 PV of methane gas recovered ultimately 80% at the end of the 

experiment. The increase in pressure drop during the alternating surfactant gas injection 

was due to in-situ foam generation and microemulsion formation (as indicated in phase 

behavior experiments). Figure 4.22 shows the cumulative oil recovery along with the water 

recovery in the effluent and also the corresponding pressure drops during each phase of the 

experiment. Figure 4.24 shows the in-situ saturations of oil, water and gas during each 

phase of the experiment. (Note: this experiment included a total surfactant injection of 1 

PV split into 0.4 PV and 0.6 PV slugs with smaller slug size variation included). The 
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experimental results shows improve in oil recovery due to smaller slug size of alternating 

surfactant and gas. 

   

Figure 4.23: Cumulative oil recovery, water recovery and pressure drop for Coreflood 2  
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Figure 4.24: In-situ saturation values for oil, water and gas inside the core for Coreflood 2 
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recovery in the effluent and also the corresponding pressure drops during each phase of the 

experiment. Figure 4.26 shows the in-situ saturations of oil, water and gas during each 

phase of the experiment.  

   

Figure 4.25: Cumulative oil recovery, water recovery and pressure drop for Coreflood 3 

   

Figure 4.26: In-situ saturation values for oil, water and gas inside the core for Coreflood 3 
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In Coreflood 4, outcrop Texas Cream limestone with an average oil permeability, 

in presence of connate water saturation, of 7.74 mD and initial oil saturation of 0.67 was 

flooded with 3.4 PV of methane gas till no additional oil was produced. The oil recovery 

during this gas injection step was 41.5% OOIP. The average pressure drop during this stage 

was about 2 psi. Then alternating slugs of 0.1 PV each of surfactant S1 and gas were 

injected with a total surfactant injection of 0.5 PV. Surfactant-alternating-gas recovers 33% 

OOIP additional oil. The average pressure drop increased from 2 psi in the gas injection to 

about 20 psi in this alternating stage. Finally, another 2 PV of methane gas was injected 

and the incremental oil recovery during this step was 2% OOIP. The cumulative oil 

recovery for this experiment was found to be 76.5% OOIP with an increase in oil 

production of about 33% due to injection of wettability altering surfactant with low IFT 

and foaming ability. Figure 4.27 shows the cumulative oil recovery along with the water 

recovery in the effluent and also the corresponding pressure drops during each phase of the 

experiment. Figure 4.28 shows the in-situ saturations of oil, water and gas during each 

phase of the experiment. This experiment also suggested that injection of smaller slug sizes 

in alternating surfactant-gas increased the oil recovery due to higher pressure drop and 

better mobility control.  
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Figure 4.27: Cumulative oil recovery, water recovery and pressure drop for Coreflood 4 

  

Figure 4.28: In-situ saturation values for oil, water and gas inside the core for Coreflood 4 
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4.3. DRAWBACK OF THE USE OF EDTA IN THE SURFACTANT FORMULATION  

  

Earlier in this chapter, we discussed the benefits of using EDTA as a chelating agent 

in the anionic surfactant solution for carbonate reservoirs with hard reservoir brine. But 

there are some disadvantages for the use of organic ligands like EDTA, especially, in 

carbonate reservoirs. This section provides an understanding of the calcite dissolution 

effect due to presence of EDTA and possible formation damage. Inductively coupled 

plasma mass spectrometry (ICP-MS) has been used for the effluent ion analysis to study 

the concentration of effluent Ca2+ ions and amount of calcite dissolution.  

Calcite dissolution is a common phenomenon in the presence of organic ligands 

like EDTA and leads to the formation of worm holes in the calcite rock on excessive 

dissolution. The addition of EDTA to the experimental solutions result in a distinct increase 

in the dissolution rates (order of 500) compared to distilled water. The calcite dissolution 

process is denoted by the equation given below:   

  EDTA4- + Ca2+        EDTACa2-   

  

The above equation has a high stability constant and hence is a preferred reaction. 

The dissolution rate in the presence of EDTA decreases exponentially with time 

irrespective of the functional group concentration (Friis and Davis et al. 2003). EDTA was 

used in the surfactant formulation above to chelate Ca2+ and Mg2+ ions and prevent 

precipitation in presence of Na2CO3 but post experimental analysis of the surfactant 

solution proved traces of calcite dissolution as shown below in Figure 4.29.  
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Figure 4.29:  Calcite Dissolution in Texas Cream Limestone using ICP Analysis 

 

  

Figure 4.30: Sodium Ion Conc Analysis in Texas Cream Limestone using ICP Analysis 
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of fluid injected. ICP analysis showed increase in Ca2+ ions due to calcite dissolution in 

presence of EDTA with increase of injected Ca2+ concentration of 7.4 ppm (in the reservoir 

brine) to about 14.5 ppm (in the effluent samples). The results indicated significant amount 

of calcite dissolution in Texas Cream Limestone rock with Ca2+ concentration by about 2 

times, which can lead to formation damage in carbonate reservoirs. This inference is 

justified because no additional Ca2+ ions were injected in the surfactant solution.  
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Chapter 5: Conclusions and Recommendations 

Immiscible gas injection processes in oil-wet carbonate rocks leave behind a 

significant amount of remaining oil in the reservoirs due to poor sweep efficiency and 

mobility control, which can be a target for enhanced oil recovery methods. Typical mobility 

control agents like polymer have injectivity issues in low permeability carbonate rocks. 

Hence foam can be a viable solution to provide a better mobility control of the injected 

fluids and increase the sweep efficiency. For field scale applications, alternating surfactant-

gas injection is a more preferred method compared to coinjection of surfactant gas due to 

injectivity problems. The goal of this work was to study the impact of slug size variation 

on incremental oil recovery using anionic surfactants for low permeability oil-wet 

carbonate rocks.  

 

5.1 CONCLUSIONS 

 Experiments were performed to characterize the surfactant solutions in 

terms of aqueous stability, phase behavior, wettability alteration, bulk foam stability and 

single phase adsorption. Aqueous stability results showered that Alf S1 surfactant, a sulfate 

based molecule, was stable only at lower temperature till 60 oC and on addition of a 

cosolvent TEGBE the stability of the solution increases to about 80 oC in the same salinity 

range, whereas on addition of IOSC15-18 the stability decreases sharply to below 40 oC. 

AOSC14-16 being a sulfonate based molecule, was stable at higher temperatures and higher 

salinity.  

Phase behavior results showed Alf S1 (0.5 wt%) formed ultra-low IFT formulation 

at optimal salinity of 2 wt% Na2CO3 and combination of Alf S1 (0.5 wt%) + TEGBE (0.5 
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wt%) formed ultra-low IFT formulation at 2.4 wt% Na2CO3. The other formulation with 

Alf S1 (0.25 wt%) + IOSC15-18 (0.25 wt%) was not aqueous stable at the optimal salinity.  

Wettability alteration experiments showed that Alf S1 (0.5 wt%) and DTAB (0.2 

wt%) + NP-10 (0.2 wt%) were successfully able to alter the wettability of the aged oil-wet 

calcite chips to water wet condition, whereas AOSC14-16 (0.5 wt%) was not able to alter the 

wettability.  

Bulk foam stability experiment showed that AOSC14-16 is a better foaming agent 

compared to Alf S1 and combination of DTAB +NP-10 in both absence and presence of 

oil. Crude oil seemed to destabilize the foam significantly and the spreading, entering, and 

bridging coefficients values prove that the foam is unstable in the presence of crude oil for 

all three surfactant formulations discussed. Single phase foam flow experiments in absence 

of crude oil was also in agreement with the trend of bulk foam stability results and proved 

that AOSC14-16 was able to generate a stronger foam in the porous medium compared to Alf 

S1 and DTAB + NP-10.  

Based on the screening experiments performed, Alf S1 was chosen as the optimum 

surfactant formulation for our reservoir condition and was used for further coreflood 

experiments. Spontaneous imbibition experiment recovered about 49.6% OOIP with Alf 

S1. Dynamic adsorption study showed an adsorption number of 0.112 mg/g of rock in 

Texas Cream limestone rock.  

Coreflood experiments performed in reservoir limestone and outcrop rocks showed 

similar trend in additional oil recovery over secondary gas flood for oil-wet rocks. Single 

large slug injection of Alf S1 surfactant formulation in aged Texas Cream limestone rock 

was able to recover additional 26% OOIP over gas injection process. Lowering the slug 

size to about 0.1 PV of alternating surfactant-gas helped to increase the oil recovery to 

about 33% OOIP over gas injection process. Experiments in reservoir limestone showed 
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that slug size injection of 0.1 PV of alternating surfactant-gas recovered about 25% OOIP 

over gasflood and lowering the slug size to about 0.05 PV of alternating surfactant-gas also 

increased the additional oil recovery to about 28% OOIP over the secondary gas flood.  

 

5.2 RECOMMENDATIONS AND FUTURE WORK 

 The surfactant formulation with Alf S1 proved to be good wettability 

altering agent and also produce ultra-low IFT condition, but seemed to have high 

adsorption on the carbonate rocks. The formulation included Na2CO3 as alkali to reduce 

the anionic surfactant adsorption and EDTA-4Na as the chelating agent to prevent 

precipitation of the divalent cations present in the reservoir. Inductively coupled plasma 

mass spectrometry (ICP-MS) analysis of the effluent fluid showed traces of calcite 

dissolution in presence of EDTA and can be a major concern for formation damage. Hence 

in carbonate reservoirs with hardness present in the reservoirs, anionic surfactants might 

not be a good option. This provides a scope for exploring different surfactant formulations 

to optimize the performance, especially cationic surfactants which tend to have lower 

adsorption on positively charged carbonate rocks. 

 Extensive work needs to be done to screen better surfactant formulations 

for this reservoir condition. Single-phase experiments for mobility reduction factor needs 

to be performed at a lower quality because low quality foams form in the porous medium 

during slug injection. Possible addition of foam boosters to the surfactant formulations can 

be explored to study the impact on foam stability in presence of crude oil and also on 

additional oil recovery. Finally, estimation of foam parameters through experimental 

studies needs to be performed to use CMG STARS for upscaling laboratory-scale 

experiments to field-scale operations.   
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