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Naturally fractured carbonates contribute substantially to global oil reserves. 

Waterflood and gas-oil gravity drainage (GOGD) recover oil from the fractured oil-wet 

carbonates, with limited success due to poor sweep and very low recovery factors. 

Surfactant flooding has shown a great potential to enhance oil recovery in the oil-wet 

carbonates by reducing interfacial tension and/or altering wettability. Carbonates are 

characterized by the wide pore-size distributions. Surfactant EOR cannot be successfully 

implemented in a fractured, oil-wet, carbonate reservoir unless the reservoir is fully 

characterized and all of the mechanisms involved in oil recovery are fully understood.  

NMR T2 measurement, mercury injection capillary pressure test (MICP), thin-

section imaging, and computerized tomography (CT) scanning were conducted in the 

characterization of vuggy dolomite cores from the field. Both thin section and CT images 

reveal that the touching vugs and separate vugs co-exist in the core samples. Although 

the vuggy porosity is estimated to be 85%, the matrix controls the permeability of the 

core because of poor vug connectivity. MICP and NMR T2 measurements show 

multimodal pore-throat and pore-body size distributions. Reconstructed 3D CT porosity 

maps indicate that the vugs in the field dolomite are large and randomly distributed, 

while the vugs in the Silurian dolomite are small and densely populated.  
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A single-phase tracer test performed under CT scanner reveals a large porosity 

variation and the preferential flow paths within the field dolomite core. The mercury 

withdrawal test and NMR T2 measurement have indicated that snap-off retains oil in the 

vugs due to the large aspect ratio pores and the large length-scale of the oil blobs. The 

imbibition oil recovery from the initially oil-wet field dolomite core is 20% lower (in 

OOIP) than that from the Silurian dolomite core, mainly because of an unfavorable pore 

structure in the field dolomite core. 

A few surfactants were selected as promising candidates for wettability alteration 

because they possess aqueous stability in hard brine at elevated temperatures and reduce 

contact angles. The divalent cations in the hard brine significantly suppress the anionic 

surfactant-mediated wettability alteration. The removal of Ca
2+

, and then Mg
2+

 from the 

hard brine progressively promotes anionic surfactant-assisted wettability alteration, 

evidenced by decreasing contact angles. The addition of sufficient amount of divalent ion 

scavengers, including chelating agents (e.g. EDTA.4Na) and scale inhibitors (e.g. Sodium 

Polyacrylate) in the hard brine, rescues the anionic surfactant-mediated wettability 

alteration. We propose that the scavenger reduces the concentration of free divalent 

cations, and promotes the release of the surfactant monomers, which favors wettability 

alteration through the surfactant adsorption mechanism. The scavenger- triggered mineral 

dissolution only weakly contributes to the imbibition oil recovery.  

Experiments and simulation studies consistently showed the synergy between 

wettability alteration and IFT reduction in a surfactant-assisted gravity-driven process. 

The residual oil saturation after gravity drainage is approximately 10~20% higher than 

that by gravity-driven imbibition if the two processes have the same trapping number NT, 

which implies that wettability alteration contributes to oil recovery from the oil-wet 

carbonates. A critical capillary number was found in the capillary desaturation curve 
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plotted for the spontaneous imbibition tests, not for gravity drainage tests. In a UTCHEM 

model, wettability alteration is represented by the changes in Pc, kr and CDC. The 

simulation successfully history-matched and also predicted the incremental oil recovery 

by the surfactant formulations. The sensitivity study carried out in UTCHEM simulation 

shows the strong effects of fluid density, capillary pressure and vuggy pore structures on 

oil recovery.  

Three current available oil recovery prediction models (Hagoort, 1980; 

Aronofsky, 1958; Gupta and Civan, 1994) were tested against imbibition experiments. 

Two new analytical models were developed in this work, which significantly improved 

the quality of matching with experimental oil recovery. The matrix-fracture transfer 

functions, derived from the analytical oil recovery models, can be implemented in a dual-

porosity simulator, providing more accurate numerical simulations of oil production in 

the fractured reservoirs.  

Lastly, we investigated the feasibility of using single well tracer test (SWTT) in 

the fractured reservoirs to determine the ROS or connate water saturation. The fractures 

studied are mainly small-scale fractures. The effects of fracture and its orientation on 

SWTTs were studied in four Berea cores with a single fracture in each core, orientated as 

90
o
, 60

o
, 30

o
, and 0

o
 against dominant flow direction. A simple Cartesian grid without 

dual porosity in UTCHEM simulator is adequate to interpret the experimental data. A 

synthetic field-scale SWTT is not sensitive to the presence of moderate degrees of small-

scale fractures. The sensitivity study of fluid drift, representing flow irreversibility in a 

fractured reservoir, reveals the existence of a critical drift velocity, below which the 

tracer breakthrough curves (BTCs) are interpretable. 



 x 

Table of Contents 

Table of Contents .....................................................................................................x 

List of Tables ..................................................................................................... xviii 

List of Figures ...................................................................................................... xxi 

Chapter 1: Introduction ............................................................................................1 

1.1 Motivation and objectives ......................................................................1 

1.2 Description of chapters .............................................................................3 

Chapter 2:  Literature Review ................................................................................6 

2.1 Overview of Chemical EOR in Fractured Carbonates ..............................6 

2.1.1 Enhanced Oil Recovery ................................................................6 

2.2 Characterization of Rock and Fluid in Vuggy carbonates ........................9 

2.2.1 Carbonate Pore Classification .......................................................9 

2.2.2 Numerical Modeling of Flows in Naturally Fractured Vuggy 

Carbonates...................................................................................12 

2.2.3 Oil Recovery in Vuggy Carbonates ............................................13 

2.3 Wettability alteration in Fractured reservoirs .........................................15 

2.3.1 Definition of Wettability .............................................................15 

2.3.2 Determination of Wettability Alteration .....................................16 

2.3.2.1 Contact Angle .................................................................16 

2.3.2.2 Spontaneous Imbibition ..................................................17 

2.3.3 Wettability Alteration Surfactants ..............................................18 

2.3.3.1 Selections of Wettability Alteration Surfactants.............18 

2.3.3.2 Phase Behvior of Microemulsion....................................19 

2.3.3.3 Aqueous Stability of Surfactants ....................................20 

2.4 Mechanisms of Wettability Alteration in Carbonates .............................22 

2.4.1 Wettability Alteration by Crude Oil ...........................................22 

2.4.2 Wettability Alteration by Ion-Pair Formation .............................24 

2.4.3 Wettability Alteration by Surfactant Adsoption .........................24 



 xi 

2.4.4 Wettability Alteration by Thermal Mechanism ..........................25 

2.4.5 Wettability Alteration by Modified Seawater .............................26 

2.4.6 Wettability Alteration by Mineral Surface Dissolution ..............27 

2.5 Numerical Modeling of Wettability Alteration.......................................29 

2.6 Recovery Mechanisms in fractured reservoirs ........................................34 

2.6.1 Gas-Oil Gravity Drainage (GOGD) ............................................34 

2.6.2 Capillary Driven Spontaneous Imbibition ..................................35 

2.6.3 Gravity Driven Spontaneous Imbibition .....................................35 

2.6.4 Capillary Continuity....................................................................35 

2.6.5 Parameters Influencing the Drainage and Imbibition .................36 

2.7 Scaling of recovery from oil-wet carbonates by low IFT surfactants .....38 

2.7.1 Scaling Law by Ma et al. (1997) .................................................38 

2.7.2 Scaling Law by Zhou and Kovscek (2002).................................39 

2.7.3 Scaling of Gravity Drainage/Imbibition by Hagoort (1980).......40 

2.8 Tracer Tests in fractured porous medium ............................................41 

2.8.1 Application of Single Well Tracer Tests (SWTTs) in Oilfields .41 

2.8.2 SWTT Fundamentals and Data Interpretation ............................42 

2.8.3 Modeling of Non-Ideal flow in SWTT .......................................44 

2.8.4 SWTTs in Fractured Porous Medium .........................................45 

2.8.5 Modeling of SWTTs in UTCHEM .............................................46 

Chapter 3:  Materials and Experimental Procedures ............................................59 

3.1 Materials .................................................................................................59 

3.1.1 Brines ..........................................................................................59 

3.1.2 Surfactants...................................................................................59 

3.1.3 Rocks...........................................................................................60 

3.1.4 Crude Oils ...................................................................................60 

3.2 Measurements of Wettability Alteration .................................................61 

3.2.1 Aqueous Stability of Surfactant Solutions ..................................61 

3.2.2 Contact Angle Measurements .....................................................61 

3.2.3 Core Preparation .........................................................................61 



 xii 

3.2.4 Determination of Petrophysical Properties .................................62 

3.2.4.1 Porosity ...........................................................................62 

3.2.4.2 Permeability ....................................................................63 

3.2.5 Spontaneous Imbibition (Static Tests) ........................................63 

3.2.6 Coreflood ....................................................................................64 

3.3 Core Characerization ..............................................................................65 

3.3.1 X-ray CT Scan ............................................................................65 

3.3.2 NMR T2 Measurements ..............................................................66 

3.3.3 Pore Structure: MICP and Thin-Sectioning ................................68 

Chapter 4: Characterization of Vuggy Carbonate Rocks .......................................75 

4.1 General Description of reservoir .............................................................75 

4.1.1 General Petrophysical properties ................................................75 

4.1.2 Thin section images ....................................................................76 

4.2 Spatial Distribution of Porosity ..............................................................77 

4.2.1 Mercury Porosimetry ..................................................................77 

4.2.2 NMR T2 Measurements ..............................................................78 

4.2.3 Porosity Mapping from CT Scanner ...........................................80 

4.2.4 Vuggy Porosity Mapping ............................................................82 

4.3 Geostatistical analysis .............................................................................83 

4.3.1 Porosity distribution ....................................................................83 

4.3.2 Semivariogram Analysis .............................................................84 

4.3.3 Summary of Pore Structure .........................................................86 

4.4 Miscible displacement experiments ........................................................87 

4.4.1 Investigation of Tracer Flow under CT Scanner.........................87 

4.4.2 Rate Dependent Displacement in Carbonates .............................89 

4.4.3 Modeling of Tracer Flow ............................................................90 

4.4.3.1 Capacitance model ..........................................................90 

4.4.3.2 Double Layer model .......................................................91 

4.4.4 Summary .....................................................................................93 

4.5 Multiple phase flow ................................................................................94 



 xiii 

4.5.1 Mercury Injection and Withdrawal Curves .................................94 

4.5.2 Relative Permeability vs Pore Size .............................................95 

4.5.3 Counter-current Imbibition .........................................................96 

4.5.4 Scaling of Imbibitions .................................................................97 

4.5.4.1 Ma et al. (1995) Scaling Law ..........................................98 

4.5.4.2 Aronofsky’s empirical function ....................................101 

4.4.5 Distribution of Residual Oil ......................................................102 

4.4.6 Mobilization of Residual Oil Phase in Vugs.............................106 

4.6 Conclusions ........................................................................................107 

Chapter 5:  Development of Surfactants for Wettability Alteration at Harsh Reservoir 

Conditions ...................................................................................................134 

5.1 Determination of wettability of reservoir cores ....................................134 

5.1.1 Contact Angle Measurements ...................................................134 

5.1.2 Amott Harvey Index .................................................................135 

5.2 Screening and selection of benchmark surfactants ...............................135 

5.2.1 Cationic Surfactant Candidates .................................................135 

5.2.2 Nonionic Surfactant Candidates ...............................................136 

5.2.3 Anionic Surfactant Candidates .................................................137 

5.2.3.1 Guerbet Sulfate Formulation: AKL-207 .......................138 

5.2.3.2 Alkoxy Glycidyl Sulfonate: Enordet® A092 ...............140 

5.3 High performance anionic surfactants in harsh reservoir conditions....142 

5.3.1 Comparative study derived on Enordet
®

 A092 .........................142 

5.3.2 Comparative study derived on formulation AKL-523 ..............144 

5.4 Imbibition of surfactants into oil-wet vuggy dolomites ........................146 

5.4.1 Enhanced oil recovery by WA and/or IFT reduction................147 

5.4.2 Imbibition Studies in the Silurian Dolomites ...........................149 

5.4.2.1 Imbibition Experiments ................................................149 

5.4.2.2 Scaling of Imbibition Tests ...........................................150 

5.4.3 Imbibition Studies in the Field Dolomites ................................152 

5.4.3.1 Imbibition Experiments ................................................153 



 xiv 

5.4.3.2 Scaling of Imbibition Tests ...........................................154 

5.4.4 Residual Oil Saturation vs. Bond Number ................................155 

5.4.4.1 Sor vs. Macroscopic NB
-1

 ...............................................156 

5.4.4.2 Sor vs. Microscopic NB ..................................................157 

5.5 Effect Divalent Ion Scavengers on Wettability Alteration ...................159 

5.5.1 Scavenger promotes surfactant-mediated spontaneous imbibition159 

5.5.2 Chelating Agent Promotes Mineral Dissolution in Carbonates 162 

5.5.3 Scavenger Does Not Recover Oil by Itself ...............................164 

5.5.4 Possible Mechanisms of Scavenger-Enhanced Wettability Alteration

...................................................................................................165 

5.6 Conclusions ...........................................................................................166 

Chapter 6: Mechanistic Study of Wettability Alteration and Spontaneous Imbibition

.....................................................................................................................197 

6.1 The Effects of Wettability on Imbibition Oil Recovery .......................197 

6.1.1 Experimental Study ...................................................................197 

6.1.2 Validation of wettability alteration model with experimental data198 

6.1.3 The synergism of wettability alteration and IFT reduction ......200 

6.1.4 Sodium Polyacrylate Boosts Surfactant-Mediated Wettability 

Alteration ..................................................................................201 

6.2 Parametric Study of Static Spontaneous Imbibitions............................202 

6.2.1 Effect of Fluid Density ..............................................................203 

6.2.2 Effect of Capillary Pressure ......................................................204 

6.2.3 Vuggy Pore Structures ..............................................................205 

6.3 Conclusions ...........................................................................................207 

Chapter 7: Scaling of Gravity-Driven Oil Drainage or Imbibition in Oil-Wet 

Carbonates...................................................................................................221 

7.1 Introduction and Assumptions for Analytical Models ..........................222 

7.1.1 Oil Recovery in Oil-wet Carbonates .........................................222 

7.1.2 Assumptions for Analytical Models .........................................224 

7.2 Model #1: Free-Fall Theory ..................................................................225 

7.2.1 Model description .....................................................................225 



 xv 

7.2.2 Validation and Discussion of Hagoort’s Model ........................227 

7.3 Model #2: Aronofsky’s Empirical Model .............................................228 

7.3.1 Model Description ....................................................................228 

7.3.2 Validation and Discussion of this Model #2 .............................230 

7.4 Model #3: Improved Aronofsky’s Model .............................................231 

7.4.1 Model Description and Derivation............................................231 

7.4.2 Validation of Model #3 with Experiments................................234 

7.4.3 Discussion of Model #3 ............................................................235 

7.5 Model #4: Viscous Pressure Loss v  in oil phase only ..................236 

7.5.1 Introduction and Description of Model #4................................236 

7.5.2 Application to Matrix-Fracture Transfer Function ...................239 

7.5.3 Validation of Model #4 with Experiments................................240 

7.5.4 Discussion and Summary ..........................................................241 

7.6 Model #5: Improved scaling to include vuggy pores............................242 

7.6.1 Model Description ....................................................................242 

7.6.2 Interpretation of Experimental Data .........................................243 

7.6.3 Discussion and Conclusions .....................................................244 

7.7 Conclusions ...........................................................................................246 

Chapter 8:  Effects of Small-Scale Fractures on Transport of Partitioning Tracers in 

Fractured Porous Media ..............................................................................262 

8.1 Introduction ...........................................................................................262 

8.2 Development of bench-scale SWTT test ..............................................263 

8.2.1 Tracer Chemistry and GC determination ..................................263 

8.2.2 Experimental Methods ..............................................................265 

8.2.2.1 Determination of Partition Coefficient Kd ....................265 

8.2.2.2 Determination of Rate Constant of Hydrolysis: Kh ......265 

8.2.3 Preparation of Fractured Cores .................................................267 

8.2.4 Fickian Dispersion and Non-Fickian Tails ...............................267 

8.2.5 Core Saturation .........................................................................271 

8.2.6 Typical Procedures of Bench-Scale SWTT ..............................272 



 xvi 

8.2.7 One Dimensional Tracer Flow Model ......................................273 

8.2.8 Interpretation of Tracer Tests in UTCHEM..............................274 

8.3 Single Fracture Core Experiments ........................................................276 

8.3.1 Fractured Core B2: 90
o
 Orientation ..........................................276 

8.3.2 Fractured Core B3: 60
o
 Orientation ..........................................278 

8.3.3 Fractured Core B4: 30
o
 Orientation ..........................................278 

8.3.4 Fractured Core B5: 0
o
 Orientation ............................................280 

8.3.4.1 CT Scan of Tracer Flow in a Fractured Berea Core .....280 

8.3.4.2 History matching of IWTT and SWTT in Fractured Berea 

Core B5 ............................................................................281 

8.3.5 Discussion and Summaries .......................................................283 

8.4 tracer transport in synthetic reservoirs with bounded fractures ............285 

8.4.1 Grid Size and Numerical Dispersion ........................................285 

8.4.2 The Effects of Fracture: Orientation and Length ......................287 

8.4.3 The Effect of Heterogeneity ......................................................288 

8.4.4 The Effect of Fluid Drift ...........................................................290 

8.4.5 The Sensitivity of Connate Water Saturation ...........................292 

8.5 Conclusions ...........................................................................................292 

Chapter 9: Conclusions and Recommendations for Future Work .......................332 

9.1 Summaries and Conclusions .................................................................332 

9.1.1 The Characterization of Vuggy Carbonates ..............................332 

9.1.2 Wettability Alteration Surfactants Under Harsh Reservoir Conditions

...................................................................................................334 

9.1.3 Mechanistic Study of Wettability Alteration and Imbibition ...336 

9.1.4 Modeling of Low Tension Imbibition and Gravity Drainage ...337 

9.1.5 Effects of Small-Scale Fractures on Transport of Partitioning Tracers

...................................................................................................338 

9.2 Recommendations for future work .......................................................340 

Appendix A: Derivations of Analytical Models for Low Tension Aided Gravity 

Driven Drainage/Imbibition ........................................................................342 

A1:  Stable Theory and Free-Fall Theory .................................................343 



 xvii 

A1.1 Stable Theory for Immiscible Displacement ............................343 

A1.2 Free Fall Theory (Hagoort’s Model) .........................................344 

A2. Viscous Pressure Loss v  in oil phase only ...................................346 

A2.1 Before Imbibition Reaching the Center of the Core (xwb<R) ....346 

A2.2 Imbibition after Reaching the Center of the Core (xwb>R) .......349 

A3. Derivation of Triple Exponential Transfer Function ...........................350 

Glossary ...............................................................................................................354 

References ............................................................................................................356 



 xviii 

List of Tables 

Table 2-1: Wettability of 55 Reservoir Rock Samples ..........................................48 

Table 2-2: The lists of quantitative and qualitative methods to measure wettability48 

Table 2-3: Desirable characteristics of surfactants for EOR (Pope, 2009) ............49 

Table 3-1: Composition of Brines (g/L) ................................................................69 

Table 3-2: Surfactants and Their Trade Names Used in the Experimental Work .69 

Table 4-1: Estimated Surface Relaxivity of Three Dolomites .............................109 

Table 4-2: The Core Properties and Coats-Smith Fitting Parameters for Modeling of 

Tracer Tests .....................................................................................109 

Table 4-3: The matching parameters of double-layer model in the field core (total 

injection rate: Qt= 10 ft/day) ..........................................................109 

Table 4-4: Estimation of frontal relative permeability *

rw
k  ...................................110 

Table 4-5: The model fitting of rate constants in Aronofsky empirical equation.110 

Table 4-6: Oil recovery efficiency and mechanisms in spontaneous imbibition, low 

IFT imbibition and/or enhanced gravity. ........................................111 

Table 4-7: Typical values of parameters and the estimation of the differential 

capillary pressure to mobilize an oil droplet in a pore. ...................111 

Table 5-1: Experimental data collected in Amott-Harvey Index measurements .168 

Table 5-2: Molar composition (mol/L) of SASW and modified brines. ..............168 

Table 5-3: Summaries of aqueous stability and wettability alteration screening for 

surfactant Enordet
®

 A092 @100
o
C ................................................169 

Table 5-4: Summaries of aqueous stability and wettability alteration for surfactant 

formulations derived from AKL-523 @100
o
C. ..............................170 



 xix 

Table 5-5: The compositions and results of phase behavior study for five ultra-low 

IFT surfactant formulations ............................................................171 

Table 5-6: Silurian Dolomite Core Properties, Spontaneous Imbibition Experimental 

Conditions and Results (1) ..............................................................172 

Table 5-7: Silurian Dolomite Core Properties, Spontaneous Imbibition Experimental 

Conditions and Results (2) ..............................................................173 

Table 5-8: Field Dolomite Core Properties, Spontaneous Imbibition Experimental 

Conditions and Results (1) ..............................................................174 

Table 5-9: Field Dolomite Core Properties, Spontaneous Imbibition Experimental 

Conditions and Results (2) ..............................................................175 

Table 5-10: The experimental values for parameters used in the calculations of NB
-1

 

and NB (UTCHEM).........................................................................176 

Table 5-11: Chelating agent EDTA.4Na induces dissolution of dolomites*.......177 

Table 6-1: History matching parameters used in the simulations of SD-7-1 (Surf: 

0.25%A092+S-SASW+2.5%EDTA, IFT=0.03mN/m) ..................209 

Table 6-2: History-matching parameters used in the simulations of SD-17 (Surf: 

AKL-531, IFT~ 0.006mN/m) .........................................................209 

Table 6-3: History-matching parameters used in the simulations of SD-12 (Surf: 1% 

BTC8358, IFT=3mN/m) .................................................................210 

Table 6-4: The wettability scaling factor ω in the cases shown in Figure 6-4 .....210 

Table 6-5: History-matching parameters used in the simulations of imbibition tests

.........................................................................................................211 

Table 7-1 Fluid and rock properties for the imbibition experiments from the literature

.........................................................................................................248 



 xx 

Table 7-2: The values of parameters used in Hagoort’s modeling of gravity drainage

.........................................................................................................248 

Table 7-3: Parameters of Gupta & Civan’s model for vuggy carbonates ............249 

Table 8-1: The properties of tracer compounds ...................................................294 

Table 8-2: GC-FID programs for measuring of SWTT tracer concentration ......294 

Table 8-3: Core Properties and Key Parameters of SWTT experiments .............295 

Table 8-4: Design Parameters for a typical bench-scale IWTT and SWTT test (59
o
C).

.........................................................................................................296 

Table 8-5: Design Parameters for a field-scale SWTT test (59
o
C) ......................297 

Table 8-6: Simulation Grid Data for a field-scale SWTT test .............................297 



 xxi 

List of Figures 

Figure 2-1: Four main categories of enhanced oil recovery methods ....................49 

Figure 2-2: The schematic representation of an oil-wet fractured carbonate reservoir 

and its production by surfactant-mediated spontaneous imbibition 

process (Gupta, R., Ph.D. dissertation, 2009) ...................................50 

Figure 2-3: The evolution of carbonate pore classification systems (after Lucia 1999).

...........................................................................................................51 

Figure 2-4: Geological/ petrophysical classification of vuggy pore space based on vug 

interconnection (Lucia, 2009). ..........................................................52 

Figure 2-5: Characterization of Vuggy Porosity in Carbonates in three length scales. 

(Glemser, 2007) ................................................................................52 

Figure 2-6: Oil-water drainage relative permeability for two fractured, vugular Cores.

...........................................................................................................53 

Figure 2-7: Contact angle and force balance on oil/water/solid ............................53 

Figure 2-8: Pore scale fluid distribution in the rocks with different wetness (Abdallah, 

2007) .................................................................................................54 

Figure 2-9: Map for surfactants match to reservoir salinity and temperature (Barnes et 

al., 2010). ..........................................................................................54 

Figure 2-10: Oil-wetness development. Squares are charged/polar organic materials 

from crude oil (Buckley et al. 1998) .................................................55 

Figure 2-11: Interactions between rock surface and crude oil components ...........55 

Figure 2-12: Mechanism for spontaneous imbibition of cationic surfactant into oil-wet 

carbonate rock (modified from Austad et al., 1998). ........................56 



 xxii 

Figure 2-13: Mechanism for imbibition of anionic surfactant into oil-wet carbonate 

(Austad et al., 1998). .........................................................................56 

Figure 2-14: Suggested mechanism for the wettability alteration induced by seawater 

(Austad, 2009)...................................................................................57 

Figure 2-15: Mineral dissolution takes place on sharp points, and creates water wet 

rock surface (Hiroth, 2010). ..............................................................57 

Figure 2-16: Normalized imbibition oil recovery vs. dimensionless time for 

imbibition into a strongly water-wet medium (after Ma et al. 1997).58 

Figure 2-17: The separation of primary and secondary tracer breakthrough curves and 

the estimation of ROS. ......................................................................58 

Figure 3-1: Molecular structure of BTC®8358 (Stepan).......................................70 

Figure 3-2: Molecular structure of branched C16, 17 alcohol alkoxyl sulfonate (9EO), 

which is the active ingredient in Enordet® A092 (Shell Westhollow).

...........................................................................................................70 

Figure 3-3: The molecular structure of alkoxy carboxylate surfactant (Patent: EP 

2609170A1), in which M
+
 is Na

+
, K

+
, NH4 

+
, Ca

+2
, Mg

+2
 or Ba

+2
. ..71 

Figure 3-4: The molecule structure of Ethomeen
®

 T/25. R is alkyl substituent-tallow 

alkyl, ethylene oxide added molar number x + y is 15. ....................71 

Figure 3-5: The vuggy carbonate reservoir rocks. A) Well cleaned 1.5” diameter core 

plugs; B) Top view of 4” diameter whole core (not cleaned); C) Side 

view of 4” diameter whole core. .......................................................72 

Figure 3-6: Automated Contact Angle Goniometer (Rame-Hart Model 500). ......72 

Figure 3-7: Experimental setup for spontaneous imbibition (static) tests in the high 

temperature oven. ..............................................................................73 



 xxiii 

Figure 3-8: The Illustration of CT Scanning Technology in Core Characterization 

(modified from Izgec, 2009) .............................................................73 

Figure 3-9: Oxford Instruments GeoSpec2 2.2 MHz benchtop NMR system. ......74 

Figure 4-1: The appearance of two types of vuggy dolomite cores. (A) Silurian 

dolomite (outcrop); (B) Field dolomites. ........................................112 

Figure 4-2:  Transmitted-light thin section image of three field cores. ..............112 

Figure 4-3: Mercury Injection Capillary Pressure (MICP) Curves for three types of 

carbonate samples: Field dolomites, Silurian dolomites and Guelph 

dolomites. ........................................................................................113 

Figure 4-4: Pore-throat size distribution from mercury injection capillary pressure 

tests. ................................................................................................113 

Figure 4-5: NMR T2 Distributions of four field dolomite cores. The vertical black 

dashed line indicates the T2 value of bulk brine, 2500ms. .............114 

Figure 4-6: NMR T2 Measurements at 100% Sw in three types of dolomites. The 

vertical dashed line indicates the T2 relaxation time of bulk brine. 114 

Figure 4-7: Matching of Pore-body and pore throat size derived from NMR and 

capillary pressure measurements. ...................................................115 

Figure 4-8: The locally enlarged thin section image (A) and representative image of 

CT-derived porosity distribution (B). The colorbar is scaled in porosity 

value. ...............................................................................................116 

Figure 4-9: (A): The porosity variation along the field dolomite core and (B): CT 

images scanned from inlet to outlet. ...............................................117 

Figure 4-10: The CT data for one Silurian dolomite core (2” Diameter ×12” Length). 

(A): Porosity variation along the core length; (B): Representative CT 

images for xy plan and xz plane. ....................................................118 



 xxiv 

Figure 4-11: The three dimensional (3D) vug porosity distributions. (A): Cross 

sectional porosity distribution from CT scans in the field dolomite core; 

(B): Digitally constructed 3D image for vug porosity distribution in the 

field dolomite core. (C): 3D image for vuggy porosity distribution in the 

Silurian dolomite core. ....................................................................119 

Figure 4-12: The histogram analysis of CT-derived porosity values in (A) the field 

dolomite and (B) Silurian dolomite. ...............................................120 

Figure 4-13: The semivariogram analysis of porosities in the field dolomite and 

Silurian dolomite (A) xy plane and (B) the flow direction, i.e. z 

direction. .........................................................................................121 

Figure 4-14. The diagrams representing the proposed models of pore-structure in (A) 

Silurian dolomite, and (B) Field dolomite. .....................................122 

Figure 4-15: The flow of tracer (8% NaI solution) in a field dolomite core under CT 

scanner. Colorbar is scaled by CT numbers. Blue dots in the slice images 

represent vugular pores. Vug 1:      and Vug 2: ........................123 

Figure 4-16: Diffuse flood front of tracer flow in a field dolomite core (NaI displace 

H2O). Tracer concentration was measured in real time using CT scanner.

.........................................................................................................124 

Figure 4-17: In-situ averaged displacing fluid concentration in a miscible tracer test 

performed in a vuggy carbonate. ....................................................124 

Figure 4-18: The effect of displacement rate on tracer breakthrough curves in core 

samples of field dolomite (Field_NPA) and Silurian dolomite 

(SD_NPA). ......................................................................................125 

Figure 4-19. The experiment and capacitance model fitting of the tracer breakthrough 

curves in (A) the Silurian dolomite, and (B) the Field dolomite. ...125 



 xxv 

Figure 4-20: History matching of a tracer test in the field core using the double-layer 

model, and the sensitivity study of the effects of vug porosity and 

Kv/Km.............................................................................................126 

Figure 4-21: Drainage and Imbibition Mercury Capillary Pressure Curves derived 

from Mercury Injection and Withdrawal Tests for (A) Two field 

dolomite cores and (B) Silurian Dolomite and Estaillades Limestone.126 

Figure 4-22: The correlation of pore size distribution with desaturation of non-wetting 

phase in four types of carbonates. ...................................................127 

Figure 4-23: (A) Relative permeability for the micropores (matrix) and macropores 

(vug) network for a strongly water-wet carbonate; (B) Curves of relative 

permeability obtained for dual-network, matrix and vugs are water-wet.

.........................................................................................................128 

Figure 4-24: Oil recovery in five water-wet core samples by water imbibition and 

surfactant enhanced imbibition. ......................................................128 

Figure 4-25: Scaling of counter-current imbibition in five strongly water-wet 

carbonate rocks. (A) Scaling group tD,Pc from Ma et al. (1995); (B) 

Scaling group tD,Pc modified from Zhou et al. (2002). The brown curve 

in (B) indicates a matching by Aronofsky empirical model (λD=0.18).

.........................................................................................................129 

Figure 4-26: The diagram of displacement front and corresponding phase relative 

permeabilities at the imbibition process. ........................................130 

Figure 4-27: The mode fitting of counter-current imbibition in five cores using 

Aronofsky empirical equation.........................................................130 

Figure 4-28: NMR T2 Distribution Curves: formation brine, 0.038 mol/L MnCl2 in 

the formation brine, and decane bulk samples. ...............................131 



 xxvi 

Figure 4-29: NMR T2 Distribution Curves: The capillary driven water imbibition.131 

Figure 4-30: NMR as a monitoring tool on the oil recovery in the Silurian dolomite 

through water imbibition, low IFT surfactant imbibition and forced 

imbibition (by centrifugation) with surfactant solution. .................132 

Figure 4-31: NMR as a monitoring tool on the oil recovery in the field dolomite, 

through water imbibition, low IFT surfactant imbibition and forced 

imbibition (by centrifugation) with surfactant solution. .................132 

Figure 4-32: Pore-scale mechanisms of non-wetting phase (i.e. decane) trapping: (A) 

snap-off in the pores with a high aspect ratio; (B) pore doublet model; 

(C) vugs or dead-end pores. (Oh and Slattery, 1976) .....................133 

Figure 4-33: Force analysis of a trapped oil blob in a vugular pore. ...................133 

Figure 5-1: A strongly oil-wet calcite (θ>170
o
) immersed in formation brine at 100

o
C.

.........................................................................................................178 

Figure 5-2: The reservoir core became strongly oil-wet after restoration process.178 

Figure 5-3: Wettability alteration by BTC
®

8358 in SASW at 100°C. (A) Initially oil-

wet calcite in SASW, contact angle > 160
o
; (B) Wettability altered in 

0.2% BTC
®

8358 surfactant solution. The average contact angle was 

about 80
o
. ........................................................................................179 

Figure 5-4: Aqueous stability tests of Ethomeen
®

 T/25 Surfactant at 120
o
C (after 15 

days): (A) 5ml Surfactant Solution (0.2% Lauryl-Betaine + 0.2% 

Ethomeen® T/25) + 5ml Crude Oil; (B) Surfactant mixture of 0.2% 

Lauryl-Betaine and 0.2% Ethomeen® T/25; (C) 1% Ethomeen® T/25.

.........................................................................................................179 

Figure 5-5: 1% Ethomeen
®

 T/25 surfactant solution altered the oil-wet calcite chip 

towards more water wet (100
o
C). ...................................................180 



 xxvii 

Figure 5-6: The phase behavior study of surfactant formulation AKL-207 at 120
o
C. 

(personal communication with Jun Lu at UT CEOR research team).180 

Figure 5-7: Contact angles with varying salinity using AKL-207 surfactant 

formulation (100oC, with crude oil). ..............................................181 

Figure 5-8. Representative pictures of reducing contact angles on the calcite by AKL-

207 at 100
o
C: 1) In the formation brine for 3 hours; 2) In AKL-207 

surfactant solution (0% SASW) for 5 mins; 3) In the surfactant solution 

for 3 hours. ......................................................................................181 

Figure 5-9: Contact angle measurements at 120
o
C for 0.25% Enordet A092 in 

synthetic seabrine (SASW) and other modified SASW. Each brine 

solution was with 2.5%EDTA, at pH9.2.........................................182 

Figure 5-10: Formulation 0.25% Enordet A092+ 0.5% EDTA+ S-SASW alters 

wettability of calcite and reservoir rock towards more water-wet. .182 

Figure 5-11: Wettability alteration on calcite chips by surfactant Enordet® A092 + 

NaPA in hard brine. (A) Formulation: 0.25% A092+ SASW+1% NaPA 

(pH6.88); (B) Formulation: 0.25% A092+ SASW+4% NaPA (pH6.88).

.........................................................................................................183 

Figure 5-12:  Wettability alteration by AKL-523 and its derivatives: (A) AKL-523; 

(B) AKL-523-1; (C) AKL-523-2; (D) AKL-523-3; (E) AKL-523-4; (F) 

AKL-523-5; (G) AKL-523-6; (H) AKL-523-7. The compositions for all 

these formulations can be found in Table 5-4. ................................183 

Figure 5-13: The showcases of phase behavior study of surfactant formulations at 

100
o
C. (A): 1%BTC8358; (B): 1%IMP; (C): 1% AKL-523; (D): 

0.5%IMP+ 0.1%BTC8358. Note: Micro-emulsion phase was found in 

tube C. .............................................................................................184 



 xxviii 

Figure 5-14: Accumulation of oil in the imbibition cells with different surfactant 

formulations (all with 57000 ppm salinity brine). (A): 1%BTC8358; (B): 

1%IMP; (C): 1% AKL-523; (D): 0.5%IMP+0.1%BTC8358. Note: 

Micro-emulsion phase was found in imbibition cell C. ..................184 

Figure 5-15: Spontaneous imbibition by surfactants. (A): Imbibition by 1% 

BTC®8358 for 1 hours; (B): Imbibition by 1% BTC®8358 for 60 hours; 

(C) Imbibition by 1% IMP solution for 100 hours; (D): Imbibition by 

1% AKL-523 for 100 hours, forming micro-emulsion in the cell. .185 

Figure 5-16: Oil recovery by spontaneous imbibition for four surfactant formulations.

.........................................................................................................185 

Figure 5-17: Oil Recovery by spontaneous imbibition in Silurian dolomite core 

samples. ...........................................................................................186 

Figure 5-18: Oil Recovery by spontaneous imbibition as a function of dimensionless 

time for gravity drainage. The Aronofsky model: 

,1 exp( 1.0* )D gR R t     ..............................................................186 

Figure 5-19: Oil Recovery by spontaneous imbibition in the field core samples.187 

Figure 5-20: Oil Recovery by Imbibition in High Permeability Field Core Samples.

.........................................................................................................187 

Figure 5-21: Oil recovery by spontaneous imbibition as function of dimensionless 

time for gravity drainage. Aronofsky model fitting: 

,1 exp( 3.4* )D gR R t    . .............................................................188 

Figure 5-22: The residual oil saturation vs. NB
-1

 in vuggy dolomites. Drainage: 

negligible wettability alteration, e.g. oil wet and intermediate wet 

condition; Imbibition: wettability altered to strongly water-wet ....189 



 xxix 

Figure 5-23: Relationship between Inverse Bond number and the product of wetting 

phase saturation by the Bond number. ............................................189 

Figure 5-24: The residual oil saturation vs. microscopic NB in vuggy dolomites.190 

Figure 5-25: The effects of EDTA on contact angle and maximum drop configuration 

on Silurian dolomites (after 2 days of spontaneous imbibition). ....190 

Figure 5-26: The contribution of chelatin agent EDTA.4Na to spontaneous imbibition 

in Silurian dolomite cores at 100
o
C. Left: Oil recovery vs. real time; and 

Right: Normalized oil recovery vs. dimensionless time by gravity driven 

imbibition. Dash line is a model fitting by Aronofsky empirical 

equation: ,1 exp( 4.5* )D gR R t    . ..............................................191 

Figure 5-27: Sodium Polyacrylate (NaPA) enhances spontaneous imbibition in an 

anionic surfactant formulation at 100
o
C and neutral pH. Left: Oil 

recovery vs. real time; Middle: Normalized oil recovery vs. 

dimensionless time for gravity drainage. Aronofsky model: 

,1 exp( 2.5* )D gR R t    . Right: Oil recovery vs. dimensionless time 

for capillary imbibition. Aronofsky model: 

1 exp( 0.00055* )PcR R t    . ......................................................192 

Figure 5-28: Quantification of Ca
2+

 Concentration in static dolomite dissolution tests 

at 100
o
C: Incubation of Silurian dolomite power with softened SASW, 

1% EDTA or 1% Na2CO3 solution. ................................................193 

Figure 5-30: The Sequestration Agents are not capable of initiating spontaneous 

Imbibition in dolomite rock cores. ..................................................193 

Figure 5-29: Quantification of divalent ion concentrations in the effluent samples 

after injecting four different solutions through a Silurian dolomite core 

stepwisely, at 80
o
C. .........................................................................194 



 xxx 

Figure 5-31: Profiles of oil recovery, divalent ion concentration, and effluent pH in 

the water flood and 5% EDTA flood in a Silurian dolomite core at 

100
o
C...............................................................................................195 

Figure 5-32: The equilibrium between anionic surfactant micelles, monomers and 

precipitates and its effects on wettability alteration triggered by 

surfactant adsorption. ......................................................................196 

Figure 6-1: Effects of wettability and low tension on recovery of decane by 

imbibition into Silurian dolomites (50 mD)....................................211 

Figure 6-2: The effects of wettability alteration and low IFT on recovery of crude oil 

by imbibition in oil-wet Silurian dolomites (200 md). ...................212 

Figure 6-3: The combined effects of chemical formulation including wettability 

alteration and IFT reduction surfactants. ........................................212 

Figure 6-4: (A) One carbonate core inside of an imbibition cell; (B) Imbibition cell 

test model with all-face open boundary condition. .........................213 

Figure 6-5: The history matching of imbibition tests in three dolomite core samples 

by reflecting of different oil recovery mechanisms. .......................213 

Figure 6-6: The effect of the combined wettability and interfacial tension (IFT) 

reduction in spontaneous imbibition. ..............................................214 

Figure 6-7: The multiple effects of wettability alteration on the spontaneous 

imbibition oil recovery (IFT=0.03mN/m). .....................................214 

Figure 6-8: The effects of IFT on the oil recovery with (A) wettability alteration or 

(B) without wettability alteration. ...................................................215 

Figure 6-9: The history matching of oil recovery in core sample SD-10-2 (scaling 

factor =0.5) and predictions of oil recovery in SD-2 and SD-6 by 

assigning of scaling factors to be 0 and 0.05, respectively. ............216 



 xxxi 

Figure 6-10: The Effects of Gravity on Oil Recovery Factor in Three Scenarios: (A) 

WA+IFT reduction; (B) WA only; (C) IFT reduction only. (ρw=1.0 

g/cm
3
). .............................................................................................217 

Figure 6-11: The effects of Capillary Pressure (endpoint, Cpc) on the oil recovery by 

low IFT drainage (IFT only), or low IFT imbibition (WA+IFT) or 

Wettability alteration (WA only) mechanisms. Note: In UTCHEM, the 

unit of Cpc is psi Darcy . ..............................................................218 

Figure 6-12: Oil Recovery by low tension aided gravity drainage in field dolomites 

and Silurian dolomites. ...................................................................219 

Figure 6-13: The effect of vuggy pore (or secondary porosity) structure on the phase 

relative permeability. ......................................................................219 

Figure 6-14: The effect of vugs on the oil recovery by gravity drainage. ...........220 

Figure 7-1: Schematic of oleic/aqueous phase gravity/capillary pressure gradient for 

an oil-wet core which has a uniform oil distribution at immobile water 

saturation. Dashed lines 1 and 2 represent the reduced aqueous phase 

pressures (then Pc drops) when low IFT surfactant imbibes into the core.

.........................................................................................................250 

Figure 7-2: Oil recovery versus dimensionless time (tD,g). Time is scaled according to 

scaling group proposed by Hagoort (1980), 
*

ro
Dg

o

kk g
t t

H



 


 . .......251 

Figure 7-3: Oil recovery by gravity drainage as a function of dimensionless time: 

comparison of Hagoort’s model with experimental data. ...............251 

Figure 7-4: Comparison of the oil recovery calculated by Aronofsky’s empirical 

function with gravity drainage experimental data. .........................252 



 xxxii 

Figure 7-5: The regression analysis of * *
( ) . 

D D
f t vs t  from data reported in Hirasaki et 

al. (2004) and Adibhatla et al. (2008). ............................................252 

Figure 7-6: Low tension aided spontaneous imbibition data from Hirasaki et al. 

(2004) and Adibhatla et al. (2008) compared to predictions by 

Aronofsky’s model and Chen’s Model, and also compared with 

UTCHEM simulation results. .........................................................253 

Figure 7-7: Comparison of Aronofsky’s model with Chen’s Model on three gravity 

drainage experiments in Silurian Dolomites. (A) Regression analysis of 

f(tD*) vs. tD*; (B), (C) and (D): Model fitting of experimental data.254 

Figure 7-8: Model comparisons in the low-tension drainage/imbibition in the field 

cores. (A) f(tD*) vs. tD*; (B) and (C): Model fitting of experimental data.

.........................................................................................................255 

Figure 7-9: Schematic of oil gravity drainage aided low tension. (1) Surfactant 

imbibition front has not reached the center of the core (xwb<R); (2) 

Imbibition front advances beyond the center (xwb>R). ...................256 

Figure 7-10: Comparison of two models in the prediction of oil recovery by 

surfactant-mediated gravity drainage. .............................................257 

Figure 7-11: The evolution of matrix-fracture transfer rate computed by Model #4.

.........................................................................................................258 

Figure 7-12: Profiles of dimensionless depth and interstitial velocity of imbibition 

front at the bottom of the core. The scaling term tD=11/12 is the time 

when the imbibition front reaches the center. .................................258 

Figure 7-13: A pore-scale conceptual model of imbibition process in vuggy 

carbonates (after Gupta and Civan, 1994). .....................................259 



 xxxiii 

Figure 7-14: Representation of data from Hirasaki et al. (2004), Adibhatla et al. 

(2008) and two experiments on Silurian dolomites by triple exponential 

function. ..........................................................................................259 

Figure 7-15: Representation of data from four low tension gravity drainage 

experiments by Gupta & Civan’s triple exponential function. .......260 

Figure 7-16: The distribution of recoverable oil in the matrix/fracture system. Lab 

data is referred to the gravity drainage experiment on Silurian dolomite 

core SD-17. .....................................................................................260 

Figure 7-17: Parametric sensitivity study of triple exponential function by matching 

of a low tension aided gravity drainage experiment. ......................261 

Figure 8-1: Basic conceptualization of one-dimensional large-fracture, small-fracture 

and rock matrix in a fractured porous medium (after Wu et al., 2004)298 

Figure 8-2: Quantification of chemical tracer concentration in GC-FID system. (A): 

The effluent profile of four tracers used in the experiments. (B): The 

establishment of standard curves: linear relationship between tracer 

concentration and peak area. ...........................................................299 

Figure 8-3: Illustration of prepared 30
o
 oriented fractured core and its dimensions.300 

Figure 8-4: Illustration of preparation of half open fracture cores with 0
o
 orientation.

.........................................................................................................301 

Figure 8-5: Representation of four fractured cores with different orientations against 

main flow direction. ........................................................................302 

Figure 8-6: Model Fitting of tracer breakthrough curve from 1D miscible tracer test in 

Berea sandstone. (A) Curve fitting by the analytical solution in Eq. 8-4; 

and (B) 1D UTCHEM simulation of tracer breakthrough curve with and 

without capacitance effect...............................................................303 



 xxxiv 

Figure 8-7: The linear relationship between 
1 D

D

t

t


and 1

(1 2 )
D

erf C


 . ..............304 

Figure 8-8: Time variation of tracer concentration in a log-log plot. Dash line 

represents a power-law decay curve in late-time tracer flow. ........304 

Figure 8-9: Model fitting of tracer breakthrough curves in an IWTT test (A) and a 

SWTT test (B) in Berea Core B1. ...................................................305 

Figure 8-10: Experimental and Simulation Results of an IWTT in non-fractured Berea 

core B1. ...........................................................................................306 

Figure 8-11: Experimental and Simulation Results of a SWTT in non-fractured Berea 

core B1. ...........................................................................................306 

Figure 8-12: Semi-log plot of experimental and simulation results of SWTT test in 

non-fractured Berea core B1. ..........................................................307 

Figure 8-13: The tracer concentrations in unit of mg/L in the effluent samples from a 

SWTT test in Berea Sandstone core B1. .........................................307 

Figure 8-14: (A) History matching of Tracer Breakthrough Curves for an IWTT in 

Berea Core B1 (90
o
 fracture against the main flow direction). B) The 

same data in a log-log plot. Dash lines represent power-law tails for 

tracer concentrations. ......................................................................308 

Figure 8-15: The tracer distribution along the single-fractured Berea core B2. (A) The 

representation of fracture in permeability field; (B) The tracer 

concentration distribution along the core at time tD=0.41PV. ........309 

Figure 8-16: (A): The SWTT tracer breakthrough curves in Berea core B2 and 

UTCHEM history matching. (B) The same data in log-log plot. The dash 

lines represent late time power-law tails. ........................................310 



 xxxv 

Figure 8-17: Experimental and Simulation Results of an IWTT in Single-fractured 

Berea Sandstone core B3 (60
o
 fracture orientation). ......................311 

Figure 8-18: The effect of single fracture on the distribution of partitioning tracer 

(MEK) along the core at tD=0.56PV. ..............................................311 

Figure 8-19: (A) History matching of Tracer Breakthrough Curves for a SWTT in a 

Berea sandstone core with a single sealed fracture (60
o
 against the main 

flow direction). ................................................................................312 

Figure 8-20: UTCHEM matching of tracer breakthrough curves for an IWTT in a 

fractured Berea sandstone core B4 (single fracture 30
o
 orientation).312 

Figure 8-21: The permeability field (A) and the effect of single fracture (orientation 

30
o
) on the distribution of partitioning tracer (MEK) along Berea 

sandstone core B4, at tD=0.36PV (B) and 0.67PV (C). The arrows 

indicate the locations of tracer peak concentration, and the dash circle 

represents a patch of tracers. ...........................................................313 

Figure 8-22: (A) History matching of Tracer Breakthrough Curves for a SWTT in 

Berea Core B4 (30
o
 fracture against the main flow direction). B) The 

same data in a log-log plot. Dash lines represent power-law tails for 

tracer concentrations. ......................................................................314 

Figure 8-23: CT scan of a continuous injection of tracer in a fractured core with a 

single fracture parallel to the dominant flow direction (i.e. 0
o
 

orientation). The colorbar is a scale of normalized tracer concentration.

.........................................................................................................315 

Figure 8-24. UTCHEM simulations of a continuous injection of non-partitioning 

tracer in fractured Berea core B5 by varying the permeability ratios kf 

/km: the tracer distribution profiles at injection volume tD=0.42PV.315 



 xxxvi 

Figure 8-25: Comparison of BTCs from UTCHEM simulations on a continuous tracer 

injection test in fractured Berea core B5 (0
o
 orientation) by varying kf/km.

.........................................................................................................316 

Figure 8-26: The sensitivity study of permeability contrast /
f m

k k on the IWTT tracer 

breakthrough profile........................................................................316 

Figure 8-27: History matching of Tracer BTCs of an IWTT in Berea core B5. ..317 

Figure 8-28: The evolution of SWTT tracer concentration distribution in Berea core 

B5. (A)  Injection: 0.123 PV tracer slug+0.187 PV chasing slug; (B) 

Shut-in for 0.5 days; C) Shut-in for 4 days, or production stage 0 PV; (D, 

E, F) Production 0.31PV, 0.62, 0.93 PV, respectively. ..................318 

Figure 8-29: History matching of tracer breakthrough curves in SWTT test in Berea 

core B5 ( f m
k k =40). ......................................................................319 

Figure 8-30: The Setup of Cartesian Grid blocks for UTCHEM SWTT model. (A) 

The full size of modeled field near a single-well, field size: 378 ft × 484 

ft; (B) Expanded fine grid region, where gridsize is 1 ft × 1 ft. .....320 

Figure 8-31: The sensitivity of grid-size on tracer BTCs: (A) the tracer profile of 

MEK; and (B) the tracer profile of NPA. .......................................321 

Figure 8-32: A homogeneous permeability field with a single well (Left) and the 

distribution of primary tracer at the late time of injection in a SWTT 

(right). .............................................................................................322 

Figure 8-33: A permeability field with a single fracture, 1 ft. width ×10 ft. length in 

Case 1 (left) and the distribution of primary tracer at late-time of 

injection (right). ..............................................................................322 



 xxxvii 

Figure 8-34: A permeability field with a single fracture, 1’ Width×10’ Length in Case 

2 (left) and the distribution of primary tracer at late-time of injection 

(right). .............................................................................................323 

Figure 8-35: A permeability field with two small-scale fractures in Case 3 (left) and 

the distribution of primary tracers at the late time of injection (right).323 

Figure 8-36: Comparisons of SWTT tracer breakthrough curves in a non-fractured 

reservoir and three fractured reservoirs. (A) Profiles of primary& 

secondary tracers: propyl formate & NPA; (B) Profiles of mass balance 

and cover tracer: Pentanone & MEK. .............................................324 

Figure 8-37: Two permeability fields with the same kf and km, except of the different 

fracture length. (A) Short fracture, 11 ft, and (B) Long fracture: 31 ft.

.........................................................................................................325 

Figure 8-38: Tracer concentration histories of all four tracers from SWTTs performed 

in two fields with different fracture length, represented in Fig. 8-37.325 

Figure 8-39: Tracer breakthrough curves generated in the SWTTs in the cases with 

multiple fractures. (A) A homogeneous matrix permeability field with 

two parallel fractues; (B) A homogeneous permeability field with a “T” 

shaper fracture; (C) Comparison of tracer production profiles for these 

two fractured cases, compared with those from non-fractured field.326 

Figure 8-40: A realization of stochastic permeability field with a single well (left) and 

the distribution of primary tracer at late time of injection in a SWTT 

(right). .............................................................................................327 

Figure 8-41: The stochastic permeability field with a fracture connected to the well 

(Left) and the distribution of SWTT primary tracer at late time of 

injection (right). ..............................................................................327 



 xxxviii 

Figure 8-42: The comparison of tracer profiles generated in SWTTs in a fractured and 

a non-fractured reservoir both having heterogeneous permeability field.

.........................................................................................................328 

Figure 8-43: Model of fluid drift in Cartesian Grid .............................................328 

Figure 8-44: The effects of fluid drift in homogeneous field: (A) The propagation of 

primary tracer at the late-time injection; (B) The pressure distribution 

along the single well and whole field; (C) The distribution of tracers at 

late-time shut-in period; (D) The linear pressure gradient exists at late 

shut-in period. .................................................................................329 

Figure 8-45: The effects of fluid drift on tracer profiles from SWTTs performed in a 

heterogeneous field with a single fracture, at three velocities: 1ft/D, 0.5 

ft/D and 0.25 ft/D. ...........................................................................330 

Figure 8-46: The sensitivity of connate water saturation on tracer breakthrough 

profiles. The simulated tests were performed in the same field as that of 

Fig. 8-45, with the drift velocity of 0.5 ft/D. ..................................331 

Figure A-1: Schematic of stable vertical gravity drainage as co-current flow, and 

Buckley- Leverett saturation profile. ..............................................353 

Figure A-2: Comparison of oil recovery predicted by Eq. A-33 with four low tension 

aided drainage/imbibition experiments. ..........................................353 
 

 



 1 

Chapter 1: Introduction 

1.1 MOTIVATION AND OBJECTIVES 

Naturally fractured reservoirs account for a significant part of the earth’s oil 

reserves, many of which are found in carbonates (Chilingar and Yen, 1983). In fractured 

carbonate reservoirs, the production relies on the imbibition of the injection fluid into the 

matrix blocks which expels oil into the fracture network which, in turn, transports it to 

the production wells. Most of carbonate reservoirs are classified as mixed-wet to 

preferentially oil-wet, in which capillary forces oppose imbibition of water into the 

matrix. The oil recovery from conventional waterflooding is low due to poor imbibition. 

On average, primary and water flooding methods leave about 80% of the original oil in 

place (OOIP) in fractured carbonate reservoirs. Therefore, there is a great need to find 

efficient oil recovery strategies in fractured oil-wet carbonates.  

Gas-oil gravity drainage (both miscible and immiscible) and steam injection have 

been considered to recover oil from highly fractured oil-wet carbonates (Christiansen et 

al., 1990; Shahin et al., 2006; Al-Hadhrami et al., 2000). Novel technologies such as 

foam-assisted gas-oil drainage and surfactant-aided gravity drainage or imbibition have 

been proposed to improve oil recovery in naturally fractured reservoirs (Farajzadeh et al., 

2010; Hirasaki et al., 2004; Seethepalli et al., 2004). The performance of surfactant flood 

in a fractured reservoir depends on the penetration of the surfactant solution flowing in 

the fracture space into the matrix.  

Wettability alteration is considered to be one of the main mechanisms for EOR in 

fractured oil-wet carbonate formations. Surfactant solutions are injected with the aim of 

changing the wettability of the matrix to a more water-wet state, hence enhancing 

capillary pressure-driven imbibition process, leading to a higher oil recovery. In addition 
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to wettability alteration, low tension surfactant-aided gravity drainage is also an 

important mechanism attributed to the high incremental oil recovery in fractured 

carbonates.  

Anionic surfactant formulations consisting of ethoxy sulfates and Na2CO3 were 

found to alter the wettability of oil-wet carbonates towards more water-wet (Hirasaki  et 

al., 2004; Adibhatla et al., 2008). However, sulfates are thermally stable only at low 

temperature condition (< 70
o
C), while sulfonates and carboxylates generally are 

thermally stable at the elevated temperatures. The performance of wettability alteration 

by sulfonates is poor (Adibhatla et al., 2008; Sharma et al., 2011). Adibhatla et al. (2008) 

found the optimized sulfonate surfactants gave low IFT (approximately 10
-3

 mN/m). 

However the rock wettability was not altered by either Alpha Olefin Sulfonate (AOS) or 

Alkyl Aryl Sulfonate (AAS) even in the softened brine. Clearly, there is a great need to 

re-evaluate the surfactants in terms of  wettability alteration, and investigate the 

strategies to optimize their performance under harsh conditions. 

Divalent cations in hard brine pose challenges for designing a surfactant 

formulation since they can precipitate surfactants under harsh reservoir conditions. 

Na2CO3 is not compatible with divalent cations in hard brine. Sodium tripolyphosphate 

(STPP) and sodium metaborate have been considered as alteratives to Na2CO3 due to 

their capability of sequestering divalent ions without precipitation (Olsen et al., 1990; 

Flatten et al., 2010). The sequestering capability of either STPP or metaborate is very 

limited, which prevents them from being used in reservoir brines containing substantial 

amount of divalent cations. EDTA.4Na has found its applications in Alkaline-Surfactant 

or Alkaline-Surfactant-Polymer formulations in hard brines due to its strong chelating 

power (Yang et al., 2010; Chen et al., 2013). However, EDTA.4Na may not be an 

economic choice for field-scale application due to its high cost and low biodegradability. 



 3 

More research is needed in finding cost-effective chelating agents in the field-scale EOR 

applications.  

Scaling laws are needed to predict oil recovery from matrix blocks by imbibition 

or drainage. Unfortunately, current available models do not satisfactorily predict oil 

recovery, especially when the wettability is altered. Hagoort (1980) proposed a scaling 

term from the analysis of one-dimensional gas-oil gravity drainage (GOGD). The 

application of this model in water-oil gravity driven imbibition or drainage process is not 

valid. Aronofsky empirical function predicts lower oil recovery at early times and higher 

rates at late times (Aronofsky et al., 1958; Standnes, 2010). The development of better 

scaling rules and fracture-matrix transfer function is needed, which usually requires the 

enhanced understanding of the physics behind the processes.  

The single well tracer test (SWTT) is widely accepted as a reliable in-situ method 

to determine reservoir remaining oil saturation (ROS), and evaluate the performance of 

field-scale EOR method. In a naturally fractured reservoir, because of slow mass transfer 

between fracture and matrix, the tracer tests suffer from being insensitive to the oil 

saturation in the non-flowing matrix pores (Tang et al., 2001). Hence, SWTT is not 

applicable in fractured reservoirs and a new method is needed. Furthermore, there is also 

a large knowledge gap on the effects of small-scale fractures or isolated fractures on the 

SWTT tests. 

1.2 DESCRIPTION OF CHAPTERS  

The transport of components and phases plays a fundamental role in the success 

of an EOR process. Because many carbonates are under harsh reservoir conditions of 

high salinity, hardness, temperature and rock heterogeneity, which limit process options, 

a robust system with flexibility is required. The scope of this dissertation includes: 1) 

establishment of a suite of core characterization tools to provide a comprehensive 



 4 

understanding of the effects of small-scale heterogeneity on multiphase flow in fractured 

vuggy carbonates; 2) development of robust surfactant formulations having aqueous 

stability, tolerance to high salinity and hardness, and capability to alter the wettability 

and/or reduce IFT; 3) study of the mechanisms of anionic surfactant-mediated wettability 

alteration in the presence of chelating agents; 4) formulation of new models (scaling 

laws) for matrix-fracture transfer during gravity-driven imbibition or  drainage; and 5) 

investigation the effects of small fractures on the single well tracer test (SWTT) used to 

evaluate the performance of EOR processes. 

The dissertation is organized as follows:  Chapter 1 describes the motivation and 

the objectives, and the scope of this research. Chapter 2 reviews chemical EOR processes 

and core characterization techniques for fractured vuggy carbonates. Then special 

consideration is given to the definition, mechanisms and numerical modeling of 

surfactant-mediated wettability alteration. The literature survey of SWTT in fractured 

reservoirs is conducted.  

Chapter 3 introduces the experimental materials, equipment, and procedures used 

in the laboratory tests including wettability alteration measurements, spontaneous 

imbibition tests, and core characterization. 

Chapter 4 describes a suite of core characterization tools to integrate modern 

visualization technology and conventional laboratory tools to provide a comprehensive 

understanding of flow and transport in vuggy carbonates. The single phase and multiple 

phase flow experiments are conducted and successfully modeled by utilizing of the pore 

structure information from the work of core characterization. The small-scale features 

such as vug connectivity and pore aspect ratio in a vuggy carbonate are analyzed. 

Chapter 5 presents the results of contact angle and spontaneous imbibition 

experiments to screen surfactant formulations with the potential to alter the wettability 
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towards more water-wet. The robust surfactant formulations have aqueous stability, 

tolerance to high salinity and hardness, and capable altering the wettability and/or 

reducing IFT. The correlation between residual oil saturation after imbibition and 

microscopic Bond number or Capillary number in vuggy dolomites is investigated. The 

contribution of the chelating agent in anionic surfactant-enhanced oil recovery was 

studied through experiments and simulations.  

Chapter 6 describes the history matching of spontaneous imbibition experiments 

using wettability alteration option in UTCHEM. The synergy between wettability 

alteration and low IFT is then investigated through both experiments and simulations. 

Parametric studies are performed to evaluate the effects of fluid and rock properties on 

spontaneous imbibition, such as wettability, capillary pressure, fluid density and 

viscosity, IFT, and rock heterogeneity.  

In Chapter 7, the numerical models and the scaling rules for oil recovery from oil-

wet carbonate cores using low-tension surfactant solution are presented. Three current 

available and two newly developed models are discussed and validated against the 

experiments. The new oil recovery models have improved the accuracy of prediction of 

imbibition oil recovery based on better understanding of physics behind the processes.  

Chapter 8 discusses the possibility of applying of the single well tracer test 

(SWTT) in determining of remaining phase saturation in fractured reservoirs. The 

fractures studied in this chapter are mainly small-scale, isolated/disconnected fractures. 

The simulations are completed using UTCHEM tracer model, without dual porosity 

option. The interpretation of bench-scale and field-scale SWTTs in fractured media are 

presented. The sensitivity of fluid drift, representing flow irreversibility, on the SWTT in 

a fractured field is also investigated.  

Chapter 9 presents the conclusions and the recommendations for future work. 
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Chapter 2:  Literature Review 

 

 2.1 OVERVIEW OF CHEMICAL EOR IN FRACTURED CARBONATES 

2.1.1 Enhanced Oil Recovery 

Crude oil production from oil reservoirs can be categorized in three stages: 

primary, secondary, and tertiary recovery. Primary recovery is production of oil due to 

the native energy of the reservoir (such as high pressure, dissolved gas, or the natural 

water drive from aquifer zone). The natural forces present in a given reservoir depend on 

rock and fluid properties, geologic structure and geometry of the reservoir. Recovery 

factor during the primary recovery stage is typically 5-20% OOIP. 

The differential pressure available from reservoir forces to recover oil from the 

reservoir falls with the life of a reservoir, and becomes insufficient to force the oil to the 

surface. Secondary recovery methods are applied to a reservoir after primary oil recovery. 

These recovery methods supply external energy into the reservoir in the form of injecting 

fluids to maintain reservoir pressure, hence replacing or increasing the natural reservoir 

drive. This is achieved by water injection and gas injection, by which air, carbon dioxide, 

nitrogen or some other gases are injected into the reservoir. Normally, gas is injected into 

the gas cap and water is injected into the production zone to push oil out of the reservoir. 

At the end of secondary recovery, a significant amount of oil (40-60% OOIP) is still left 

behind in the reservoir due to many factors including unfavorable wettability conditions, 

heterogeneity of reservoir rocks (naturally and induced fractures, vugs, coexistence of 

impermeable or high permeable zones) and capillary trapped hydrocarbon. In order to 

recover extra oil from the flooded reservoir, a tertiary oil recovery method is applied, 

which is also called Enhanced Oil Recovery (EOR) method. 
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EOR refers to the recovery of oil through the injection of fluids and energy not 

normally present in the reservoir (Lake, 1989). The ultimate goal of EOR processes is to 

increase the overall oil displacement efficiency, which is a function of microscopic and 

macroscopic displacement efficiency. The injected fluids must accomplish several 

objectives as follows (Green & Willhite, 1998): 

1) Boost the natural energy in the reservoir; 

2) Interact with the reservoir rock/oil system to create conditions favorable for 

residual oil recovery that includes among others: 

 Reduction of the interfacial tension between the displacing fluid and oil  

 Increase the capillary number 

 Reduce capillary forces 

 Increase the drive water viscosity 

 Provide mobility-control 

 Oil swelling 

 Oil viscosity reduction 

 Alteration of the reservoir rock wettability  

EOR processes can broadly be divided into four categories: thermal, chemical, 

gas and other methods. The selection of these methods depends on the characteristics of 

the reservoir and availability of injection fluid. Figure 2-1 shows various processes which 

fall under each category. Some of the methods are still in lab-scale or pilot-scale phase of 

development. Economics plays a major role in considering tertiary methods as they are 

more expensive than both secondary and primary methods of oil recovery.  

Among EOR methods, thermal and gas methods account for the most of EOR 

productions. The chemical EOR has been studied for decades and has gained more 

interest in recent years due to high oil price. In chemical EOR project, which is the 
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subject of this thesis, chemicals are injected to achieve one or more of the following 

effects: interfacial tension reduction, wettability alteration, mobility control.  

Chemical methods have been used both to increase the macroscopic sweep 

efficiency and microscopic displacement efficiency (in the pore scale). Examples of the 

chemical processes are polymer-gel to shut-off the high-permeability areas of the 

reservoirs (Seright and Liang, 1994) and polymer flooding to increase the viscosity of the 

injected water to increase the sweep in the reservoir (Chauveteau and Sorbie, 1991; Yang 

et al., 2006), and alkaline and surfactant flooding to create low oil-water interfacial 

tension and hence remobilize the capillary-trapped hydrocarbon. It is also possible to 

enhance the oil production through wettability alteration of the reservoir rocks and this is 

the main subject of this work. The wettability alteration results in a favorable increase of 

oil/water relative permeability ratio and subsequent increase of displacement efficiency. 

2.1.2 EOR in Fractured Carbonate Reservoirs  

Fractured carbonate reservoirs are a class of reservoirs characterized by high 

conductivity fractures surrounding low permeability matrix blocks. Very few secondary 

and tertiary recovery processes work for fractured oil-wet carbonates and many of them 

have to rely on gravity drainage if the formation is highly fractured. 

In fractured reservoirs, the production relies on the suction of the injection fluid 

by the matrix blocks which expel the oil toward the fracture network and then transport 

the oil to the production wells. This is called spontaneous imbibition of water. Water 

imbibes into the matrix blocks if the reservoir rock is water-wet. However, extensive 

research work by Chilingar and Yen (1983) shows that most carbonate reservoirs are 

mixed-wet to oil-wet. They studied 161 limestone, dolomitic limestone, calcitic dolomite, 

and dolomite cores, and showed that 15% of these rocks are strongly oil wet (θ =160-

180
o
); 65% are oil wet (θ =100-160

o
); 12% have intermediate wettability (θ = 80-100

 o
); 
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and 8% are water wet (θ=0-80
o
). Water does not significantly imbibe into the matrix 

because of the oil-wet nature of rock and the negative capillary pressure gradient between 

matrix and fracture. As a result, the recovery from waterflood of fractured carbonate 

reservoirs is low.  

To make the process more effective, dilute solution of surfactants dissolved in 

water can be injected into the reservoir with the aim of changing the wettability of the 

matrix to a more water-wet state, and/or reducing interfacial tension to kill the capillary 

pressure gradient. Matrix oil can be recovered either through capillary-driven 

countercurrent imbibition, gravity-driven concurrent imbibition, or gravity drainage. The 

first two scenarios involve wettability alteration, and the last two processes are aided by 

low IFT surfactants. This study will cover all these mechanisms. 

Carbonates invariably have small-scale heterogeneities in flow properties that 

may cause the effects of EOR chemicals to differ greatly from what is predicted by a 

model based on a homogenous formation. Presence of larger scale heterogeneities such as 

vugs is expected to affect oil recovery drastically. Hence, characterization of carbonate 

rock and fluid distribution is critical to the design of EOR process. 

2.2 CHARACTERIZATION OF ROCK AND FLUID IN VUGGY CARBONATES 

2.2.1 Carbonate Pore Classification 

In this section, the relevant definitions and classifications of pore space in 

carbonate rocks are presented. The classification used in this work follows the work 

presented by Lucia (1983, 1995, and 1999). Carbonate rocks often exhibit a wide range 

of pore sizes because they commonly contain vugs on a scale of one centimeter or larger. 

Multiple length scales of heterogeneity, from microscopic to macroscopic level, make the 

property prediction for carbonate formations very challenging. 
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Carbonates are significant hydrocarbon reservoirs, hosting approximately 60% of 

the world’s hydrocarbons; thus it is imperative for the petroleum industry to understand 

pore space development, distribution and its influence on fluid transport. Because of their 

reactive nature, carbonates undergo a more complicated post-depositional diagenesis 

compared to siliciclastic sandstones. The diagenesis process, including cementation, 

dissolution, dolomization, recrystallization, and evaporite mineralization, results in 

drastic changes in pore shape, size, connectivity and distribution. 

Extensive research into the relationship between carbonate rock fabrics, pore 

geometry and petrophysical properties has been completed (Archie G.E., 1952; Murray 

R.C., 1960; Wardlaw N.C., 1976, Lucia, 1983, 1999; Hidajat I., 2004; LØnØy A., 2006). 

Numerous carbonate pore classification systems evolved along the past 60 years, as 

shown in Fig. 2-3. The pore classification schemes created by Lucia (1983) are now 

mostly widely used by petrophysicists and reservoir engineers as a great emphasis is 

placed on pore geometry and its influence on fluid transport. 

Lucia (1983) was the first to establish a classification scheme by incorporating 

sedimentologically-based pore classification system while introducing petrophysical 

relationships, namely permeability, for both limestones and dolostones. The pore space 

classification system created by Lucia (1983) demonstrated that pore space existing 

between grains and between crystals are comparable petrophysically and thus, can be 

grouped together under the interparticle category, as shown Fig. 2-3. Moldic porosity was 

determined to have a different effect on permeability than intercrystalline porosity and is 

separated into the separate vug category. Separate vug pore space is typically fabric 

selective and interconnected only though the interparticle pores. Any pore space observed 

to be significantly larger than the particle size while forming an interconnected pore 
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system, defines the touching vug pore system. Touching vugs are typically non-fabric 

selective. 

In the absence of vuggy porosity, pore-size distribution in carbonates can be 

described in terms of particle size, sorting and interparticle porosity. The addition of 

vuggy pore space to interparticle pore space alters the petrophysical characteristic by 

altering the manner in which pore space is connected. As shown in Fig. 2-4, intrafossil 

pores, moldoic pores and intragrain microporosity are all classified as separate vug 

systems; while cavernous, breccia, fracture, and solution-enlarged fracture pores form an 

interconnected pore system on a reservoir scale and are typical touching –vug pore types.  

A major setback with all current pore classification systems is their inability to 

observe petrophysical features of carbonate rocks in a spatial domain, particularly in 

vuggy rocks. Both Archie (1952) and Lǿnǿy (2006) argued the importance of being able 

to directly observe and quantify the spatial distribution of pore space within carbonate 

rocks and it ultimately improves the current reservoir characterization methods. The fast-

evolving technology driven by rapid advances in pore-scale imaging and computation 

brings a new suite of tools to core characterization in carbonates. Imaging technology, 

like Synchrotron X-ray Computed Microtomography (CMT), can produce 3D geometry 

of vugular pores. Figure 2-5 demonstrates the characterization of vugular porosity in 

carbonates at three length scales. Besides, the huge amount of spatial data provided by 

digital rock technology can be further investigated by geostatistics methods. 

NMR capillary pressure curve revealed valuable information about the amount of 

connected and isolated vugs and the matrix quantities that play an important role in fluid 

flow characterization. The correlation length for the connected vug network is found to 

be larger than for vugs in general (Vik et al. 2012). Miscible displacement, in particularly 

tracer tests with the unit viscosity ratio, can be used to estimate the degree of 
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heterogeneity of a carbonate rock, and highlight preferential flow paths that may be 

present within the sample studied. When the scale of a system approaches to the length 

scale of the heterogeneities, continuum assumption for the fluid flow breaks down. Zhang 

(2005) and Moctezuma-Berthier (2000) found that the touching vug networks, resulting 

in great permeability variations, caused the non-Fickian tracer transport behaviors, 

reflected by early breakthrough with long tailing. Hidajat et al. (2004) matched this non-

Fickian tracer profile using Coats-Smith capacitance model. When the scale of 

measurement above the representative elementary volume (REV), the media displays 

Fickian behavior and can be modeled by the classical convection-dispersion equation 

(CDE) (Nair et al. 2008). Understanding the physics of flow in vuggy carbonates is 

particularly a challenging problem because we lack knowledge of the distribution and the 

connectivity of the vugs.  

2.2.2 Numerical Modeling of Flows in Naturally Fractured Vuggy Carbonates 

The modeling of fractured, vuggy carbonate media is traditionally done by two 

different approaches in fine-scale. The first approach is to use the coupled Stokes-Darcy 

equations. Arbogast et al. (2006) model the vuggy medium on the microscopic scale 

using Stokes equations within the vugular inclusions, Darcy’s law within the porous rock, 

and a Beavers-Joseph-Saffman boundary condition on the interface between the two 

regions. However, Darcy-Stokes formulation, as a micomodel, is computationally 

expensive. The macromodel, derived using homogenization theory, is given by a Darcy 

equation with a computable effective macroscopic permeability tensor that depends on 

the vug geometry (Arbogast et al., 2006; Arbogast et al., 2009). The effective 

macroscopic permeability tensor provided an investigation into the influence of the vug 

geometry on the flow properties of the medium. It was found that the presence of vugs, 
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their orientation and shape, and most importantly, their interconnectivity, determine the 

effective permeability and therefore, the macroscopic flow properties of the medium. 

Popov et al. (2009) discussed the difficulties rising with the use of coupled Darcy-

Stokes formulation. One such difficulty is the lack of values for parameters related to the 

interface conditions. A unified approach was proposed by using Stokes-Brinkman 

equations, which are capable of representing porous media such as rock as well as flow 

regions (fractures, vugs, caves) in a single system of equations. The advantage of this 

formulation is that there is no need to specify different boundary and interface conditions. 

The numerical tests show that the proposed upscaling to Darcy law at coarse scale is 

accurate in the case of isolated vugs. It also has been shown that a short-range fracture 

network connecting vugs can change the effective permeability of a coarse block by a 

factor of 2-4, while long range, large aperture fracture may change the effective 

permeability by many orders of magnitude. 

2.2.3 Oil Recovery in Vuggy Carbonates 

The multi-phase flow properties in carbonates with a highly developed secondary 

fracture/vug network in addition to primary porosity are very different from rocks with 

only inter-granular porosity. Ehrlich (1971) attempted to characterize the immiscible 

displacement behavior of fractured and vugular reservoir rock. Drainage relative 

permeability curves for vugular, low permeability whole core samples from Westerose 

reservoir were measured using a steady state method. The relative permeability curves 

commonly had significant plateau regions, represented by that of core sample A in Figure 

2-6. Ehrlich (1971) attributed this plateaus of kr curves to sequential displacement—first 

of secondary porosity that was interconnected from inlet to outlet, and then of matrix and 

isolated secondary porosity. Core sample B in Fig. 2-6 shows no plateau because, 

apparently, there is no continuous path from face to face through the secondary porosity. 
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deZabala and Kamath (1995) evaluated waterflood behavior of vugular 

carbonates, with the aid of X-ray CT scanning technology. They found that porosity of 

the whole carbonate core is exponentially distributed, with much higher frequencies in 

the low porosity range. It reflects a carbonate setting where vugs are embedded in dense 

matrix rock. The most intriguing phenomenon in this study is that residual oil saturation 

after waterflood strongly depends on water injection rate, due to unswept areas of the 

core being invaded as the flow rate increased. Kamath et al. (2001) found carbonate core 

samples with large pore-throat aspect ratios have the largest ROS values. More 

importantly, he reported that there was potential to continuously increase oil recovery 

(reduce ROS) in such carbonate rocks through increase of pressure gradients or decrease 

in interfacial tension, both of which leads to increase of capillary number Nc. The 

concept of critical capillary number to cause reductions in ROS (Abrams, 1975) is not 

valid for these carbonate rocks. 

Dabbouk et al. (2002) studied waterflood performance in a vuggy carbonate core 

from a Middle Eastern field. Early breakthrough through vuggy, high permeability and 

fractured layers of the field were observed. The carbonate core sample (dimension of 

9.4cm×16.5cm) showed large 1cm rudist fragments, with scattered vugs, broken up shale 

cavities inside the rudist fragments, and a permeability of 19 md. They observed fast and 

complete displacement of oil from vugs and slow drainage from the matrix in the cores. 

Relative permeability, capillary pressure experiments and brine tracer tests were carried 

out at reservoir temperature and pressure.      

Hidajat et al. (2004) studied six vuggy carbonate samples from West Texas field 

using CT scanning, NMR, and routine core analysis (thin section, mercury injection and 

tracer tests). Tracer experiments on the core samples indicated the presence of separate 
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vugs and a preferential flow path. They showed the importance of the connectivity of 

vugs to permeability of carbonates and showed the vugs can contribute to permeability. 

Moctezuma-Berthier et al. (2000) used tracer experiments and streamline 

simulation to map permeability in an artificial and uniformly vuggy core sample 

(dimension 5cm×20cm). A vug to matrix permeability contrast of 360 was used to match 

numerical simulation results to the experiment. They characterized a preferential faster 

flow path of vugs connecting to vugs through matrix. They conclude that heterogeneity in 

this sample could be modeled by layered systems with large correlation lengths.   

Egermann et al. (2007) observed fairly large vugs dispersed in a tight matrix with 

very small pore thresholds. The vuggy pore space (separate vug type) in these cores did 

not contribute to permeability.  

2.3 WETTABILITY ALTERATION IN FRACTURED RESERVOIRS 

2.3.1 Definition of Wettability 

Wettability is “the tendency of one fluid to spread on or adhere to a solid surface 

in the presence of other immiscible fluids” (Anderson, 1986a). Contact angle, θ, is a 

measure of wettability. The contact angles measured in Fig. 2-7 are called “water-

advancing” contact angles. The force balance in a typical water/oil/solid system is 

established by Young’s equation: 

cosow os ws      ………………………………………………………..….. (2-1) 

where os is IFT(mN/m) between oil-solid, ws is IFT (mN/m) between water-solid, and 

ow is IFT between water-oil (mN/m). 

In a fairly extensive examination of reservoir wettability, Treiber et al. (1972) 

arbitrarily assigned water-wet conditions to be θ < 75
o
, oil-wet conditions to be θ < 105

o
, 

and contact angle of 75
o
 to 105

o
 representing an intermediate (or neutral) wettability. 

With these designations, 27% of carbonate reservoirs were water-wet, 66% were oil-wet, 
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and remaining 7% were of intermediate wettability (Table 2-1). This reservoir wettability 

dataset also indicates that carbonates tend to be more oil-wet than sandstones.  

Wettability is a very important concept in oil recovery processes and has a strong 

influence on distribution, location and flow of oil and water in reservoir during 

production (Morrow, 1990; Cuiec, 1991). As illustrated in Figure 2-8, in a water-wet 

case, oil remains in the center of the pores. The reverse condition holds if all surfaces are 

oil-wet. In the mixed-wet case, oil has displaced water from some of the surfaces, but is 

still in the centers of water-wet pores. The three conditions shown have similar 

saturations of water and oil. Besides the phase distribution, wettability also strongly 

affects capillary pressure, relative permeability and residual oil saturation (Anderson 

1986a, and 1986b). As a result, wettability is one of the most, if not the most, significant 

issues to consider in the study of multiple phase flow in oil reservoirs. 

2.3.2 Determination of Wettability Alteration 

The wettability of a reservoir is not a simple defined property and quantification 

of the reservoir wetness is not an easy task. Many different methods have been proposed 

for measuring wettability, as presented in Table 2-2. Anderson (1986b) reviewed the 

three major quantitative methods in use today: contact angle, Amott Index (imbibition 

and forced displacement), and USBM method. He’s also described the advantages and 

limitations of all the qualitative methods. Nuclear magnetic resonance method is to 

determine the changes in longitudinal relaxation time. Floatation method is to estimate 

the distribution of grains at water/oil or air/water interfaces. 

2.3.2.1 Contact Angle 

The contact angle measures the wettability of a specific surface, while Amott and 

USBM methods measure the average wettability of a core. The contact angle is the best 
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wettability measurement method when pure fluids and artificial cores are used because 

there is no possibility of surfactants or other compounds altering the wettability.  

Because sandstones are often composed primarily of quartz and limestone of 

calcite, quartz and calcite crystals are used to simulate the pore surfaces of the reservoir 

rock. In this study, calcite used as a model mineral for dolomite reservoirs since dolomite 

mineral is porous and is not accurate for measurement of contact angles. Some 

difficulties are involved in applying contact angle measurements to reservoir cores. A 

contact angle is measured on a flat surface. However, pore walls are not smooth, flat 

surface, and also typically more than one mineral species composes the matrix 

surrounding the pores. Surface roughness makes visualization of a simple contact angle 

in a pore difficult, because the apparent contact angle (based on the average plane of the 

surface) can differ markedly from the true contact angle. Sharp points, or asperities, on 

the surface can also be the loci for thinning of the water film coating the surface, leading 

to the potential for wettability alteration at these points.  

2.3.2.2 Spontaneous Imbibition 

Spontaneous imbibition is defined as imbibition that takes place by action of 

capillary pressure and/or gravity when a core sample or matrix block is surrounded by 

brine. In naturally fractured systems with a high degree of interconnection, imbibition 

forces must be strong enough for surfactant-enhanced water flood to be effective. 

Static imbibition and dynamic imbibition are two common types of imbibition 

processes we usually use to evaluate the surfactant enhanced oil recovery. The dynamic 

imbibition process is established by creating a single fracture (or multiple fractures) in a 

whole piece of core, into which water is injected at the one end with production occurring 

at the other end. As the injected water flows through the fracture, the water would 

gradually imbibe into the adjacent matrix, in which the counter current exchange 
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mechanism occurs. Once the oil was stored in the matrix, the oil was pushed by injected 

water depending on how high the injection rate on producing wells. 

The spontaneous imbibition can also be classified into co-current and 

countercurrent imbibition. Co-current imbibition occurs when both the inlet and outlet are 

open to an invading fluid, or in other words both displacing and displaced fluid moves in 

the same direction. Countercurrent imbibition occurs when only one of the ends (inlet) is 

open, or displacing and displaced fluid moves in opposite direction. Both imbibition 

mechanisms are of equal importance in understanding reservoir imbibition phenomenon.  

2.3.3 Wettability Alteration Surfactants 

Surfactant enhanced oil recovery in carbonate reservoirs has been studied for 

decades and has gained more interest in recent years due to high oil prices. Carbonate 

formations are much more likely to be fractured and oil-wet; hence wettability alteration 

improves oil production. When the rock wettability is altered, oil is recovered either 

through capillary-driven spontaneous imbibition at high tension or gravity driven 

imbibition at low tension environment. In the case of using ultra-low IFT surfactants 

without altering wettability, oil can be recovered mainly through gravity drainage.  

2.3.3.1 Selections of Wettability Alteration Surfactants 

In highly fractured reservoirs, surfactant solutions are injected with the aim of 

changing the wettability of the matrix to a more water-wet state, hence enhancing the 

spontaneous imbibition process, leading to a higher oil recovery. There are a wide range 

of choices in the selections of surfactants: nonionic surfactants (Vijapurapu and Rao, 

2004; Standnes et al., 2002; Xie et al., 2005), cationic surfactants (Austad et al., 1998; 

Standnes et al., 2002) and anionic surfactants (Hirasaki et al., 2004; Seethepalli et al., 

2004, Sharma and Mohanty, 2011; Chen and Mohanty, 2012).  
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Ethoxylate sulfates were found to alter the wettability of oil-wet carbonate surface 

towards more water-wet at low reservoir temperatures. The presence of Na2CO3 in 

ethoxy and propoxy sulfates (AS) formulations has shown high performance in 

imbibition oil recovery (Hirasaki and Zhang, 2004; Adibhatla and Mohanty, 2008). 

Besides the effect of wettability alteration, AS formulations can reduce surfactant 

adsorption on carbonates and produce in-situ soap. Sulfates are not thermal stable at high 

temperature condition (> 60
o
C), while sulfonates and carboxylates generally are thermal 

stable at the elevated temperature. The performances of wettability alteration by 

sulfonates and carboxyaltes are generally poor, based on the very scarce literature data. 

Adibhatla et al. (2008) found the optimized sulfonate surfactants gave low IFT 

approximately 10
-3

 mN/m, however the rock wettability was not altered by either Alpha 

Olefin Sulfonate (AOS) or Alkyl Aryl Sulfonate in softened brine. Gaurav and Mohanty 

(2011) have tested ethoxylate sulfonates for wettability alteration in hard brine at 100
o
C 

and found that contact angles of oil droplets were reduced to around 90
o
 in the best case. 

Hence there is a great need to re-evaluate the performance of sulfonates or carboxylates 

on wettability alteration, and also investigate the strategies to optimize the performance 

by them.  

2.3.3.2 Phase Behvior of Microemulsion 

Some anionic surfactants are able to reduce water/oil interfacial tension to 

extremely low values, in the order of 10
-3

 mN/m. The reduction of IFT will be dependent 

on surfactant types, surfactant concentration, brine salinity and hardness, reservoir 

temperature and crude oil components (Green and Willhite, 1998). The surfactants 

tertiary diagrams are useful to describe the phase behavior of surfactant/brine/oil system. 

The term “microemulsion” has been used to describe a micellar phase containing 
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surfactant, brine, and oil in thermodynamic equilibrium (Bourrel and Schechter, 1988). 

The microemulsion phase behavior depends on many factors including the types and 

concentration of surfactants, cosurfactants, oil, brine, temperature, etc. Brine salinity 

usually has a significant effect on phase behavior. 

Winsor (1954) first described microemulsion phase behavior as type I , type II 

and type III. Type I is an oil-in-water microemulsion and has an excess brine phase. Type 

II is a water-in-oil microemulsion and has an excess oil phase. Type III is between the 

type I and type II and is biphasic, lamellar layer with ultra low IFT. As indicated in Fig. 

2-10, the phase transition occurs from Winsor type I (type II- in the diagram) to Winsor 

type III, then to Winsor type II (type II+ in the diagram) when increasing salinity. 

The development of Winsor classifications for microemulsions is important due to 

its relationship with IFT and therefore capillary desaturation. In 1974, Healy and Reed 

(1974) developed relationships between IFT and microemulsion types. Chun Huh (1979) 

derived a correaltion between solubilization ratio at optimum salinity with IFT. A simple 

yet generally valid form of his equation is:  

2

C



 ……………………………………………………………………………… (2-2) 

Where C is well approximated as a constant ~ 0.3 dynes/cm, and  is the solubilization 

ratio, defined as the oil/water concentration divided by the surfactant concentration in the 

microemulsion phase. The region of lowest IFT corresponds approximately to optimum 

salinity. 

2.3.3.3 Aqueous Stability of Surfactants 

In order to obtain a robust surfactant EOR oil recovery, the surfactants selected 

should have certain desirable characteristics. Table 2-3 presents the criteria of good 

surfactants and the options to achieve these properties in EOR project. 
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Many carbonate reservoirs suitable for surfactant EOR have high temperatures 

and salinities, i.e., temperatures ranging from 70°C to more than 120°C and brines with 

substantial hardness and having total dissolved solids (TDS) contents up to about 200,000 

mg/L. These conditions are challenging for process design because injected surfactants 

must remain chemically stable at reservoir conditions for the duration of the project, 

which could last for years (Puerto, 2010). Moreover, precipitation or other undesirable 

phase separation must be avoided.  

It is well known that surfactants with alkoxy chains, i.e., ethylene oxide (EO) 

and/or propylene oxide (PO), can improve the tolerance of anionic surfactants to high 

salinities and high hardness. Sulfonates, including those with alkoxy groups, have the 

required stability at high temperatures because they have a sulfur-to-carbon bond, which 

is not subject to hydrolysis. Barnes et al. (2010) measured the optimal salinities and 

solubilization parameters of internal olefins sulfonate (IOS) family and some alcohol-

propoxy-sulfate surfactants using n-octane as a model oil. These optimum salinity results 

are shown in Figure 2-9, which provides a guide for the selection of the surfactants 

appropriate for the particular reservoir salinities and temperature combinations. It is 

known that the C-O-S bond in sulfate-based surfactants will be hydrolysez at 

temperatures exceeding about 60
o
C, unless the pH is increased to 10 or higher. Fig. 2-9 

highlights that the IOS and alcohol-alkoxy-sulfate families, used singly or in 

combination, cover most of the range of reservoir salinities and temperatures required for 

surfactant EOR. For the combination of high salinity and high temperature alcohol-

alkoxy-sulfonate (or possibly carboxylates) are required. However, The selection guide in 

Figure 2-9 does not address the effect of the brine hardness, oil type and composition, 

and also the combination of surfactants. As a result, the surfactant screening work is still 

necessary even with the help of this guide.   
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Divalent cations in hard brine pose challenges for designing a surfactant 

formulation since they produce the precipitation of the surfactant under harsh reservoir 

conditions. Na2CO3 is not compatible with divalent cations in hard brine. Olsen et al. 

(1990) have used sodium tripolyphosphate (STPP) in an ASP formulation in fresh water. 

Sodium metaborate has been considered as an alternative to sodium carbonate due to its 

capability of sequestering divalent ions without precipitation (Flatten et al., 2009). The 

sequestering capability of either STPP or metaborate is very limited, which prevents them 

from being used in reservoir brines containing substantial amount of divalent cations. 

EDTA.4Na has found its applications in AS or ASP formulations in hard brines due to its 

strong chelating power (Yang et al., 2010; Chen et al., 2013). However, EDTA.4Na may 

not be an economic choice for field-scale application due to its high cost and low 

biodegradability. More research is still needed in finding cost-effective chelating agents 

in field-scale EOR applications.  

2.4 MECHANISMS OF WETTABILITY ALTERATION IN CARBONATES 

Standnes and Austad (2000) observed that in oil-wet chalk cores, both cationic 

and anionic surfactants altered the rock wettability toward a more water-wet state, 

however, the cationic surfactants were more effective than the anionic surfactants in the 

wettability alteration process.  

2.4.1 Wettability Alteration by Crude Oil 

Polar components present in crude oils were first identified by Benner and Bartell 

(1942) as being surface active and capable of altering the wetting state of high-energy 

mineral surfaces. These components can adsorb on mineral surfaces and alter their 

wetting properties. Some organic solvents like decane and cyclohexane, will not remove 
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the adsorbed oil components from the mineral surface, indicating the binding energy is 

high. A schematic representation of oil-wetness development is shown in Fig. 2-10.  

Many factors such as the composition of the crude oil, brine composition and 

saturation, rock surface mineralogy, and pore roughness can affect the interactions in a 

Crude Oil/Brine/Rock (COBR) system (Marsden and Nikias 1962; Buckley et al. 1997; 

Xie et al. 2000). Other factors such as temperature and pressure also control the 

interactions in a COBR system. Among these factors, oil composition is the most 

prominent (Buckley et al. 1997). It is widely believed that asphaltenes and other high 

molecular weight polar components of crude oil are responsible for altering the wetting 

of reservoir rocks. The concentration of asphaltenes in oil is not necessarily a good 

predictor of oil/rock interaction. However, it was shown by Buckley et al. (1998) that as 

crude oils became poorer asphaltene solvents through hydrocarbon additives, they induce 

greater alteration.  

Observations have shown that only a smaller group of components from the 

asphaltene/resin fraction are more important regarding wettability alteration. The most 

important components are those carrying a charged group such as an acid or base (-OH, -

OSO3
-
, -SO3

-
, -NH2 and COO

-
). These compounds are more or less present in all crude 

oils, and include components such as phenols, carboxylic acids, sulfur components 

(sulfides, polysulfides) and nitrogen components (amides, pyridines). Many of these 

components have been shown to act as wettability modifiers when adsorbed on clean 

water-wet minerals.  

Buckley et al. (1998) proposed four different mechanisms by which polar 

components from crude oil are adsorbed to mineral surfaces, as shown in Fig. 2-11. 

These mechanisms include: 1) Polar interactions, which can only occur when there is no 

water present in the system and is likely to happen between polar surface and polar 
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components; 2) Precipitation of asphaltenes onto the surface when the oil is a poor 

solvent for the heavy fraction; 3) Acid/base interactions, which take place between sites 

of opposite electrical charge; 4) Ion binding, which divalent or multivalent ions in the 

brine can bridge the mineral surface to oil/brine interface. 

2.4.2 Wettability Alteration by Ion-Pair Formation 

The surface electrical charge of carbonate rock is positive when exposed to the 

neutral-pH aqueous brine solutions. The oil-wetting components are negatively charged 

and attached to the carbonate surface mainly by carboxylic groups. Therefore, it was 

proposed that cationic surfactant-induced wettability alteration is through the formation 

of ion-pairs (Austad et al., 1998). As shown in Fig. 2-12, blue circles are cationic 

surfactant head groups; black squares are polar components from crude oil. The ion pairs 

are formed by the interaction between positively charged surfactant head-groups and 

negatively charged carboxylic groups.  

The surfactant monomers are believed to interact and strip some organic materials 

off the mineral surface, thereby altering the wettability towards more water-wet. The ion-

pairs resulting from the strong electrostatic interactions are further stabilized by 

hydrophobic interactions. In the surfactant literature, the product of reaction between 

carboxylates and organic ammonium compounds is referred to a “cat-anionic surfactant” 

(Carlson et al., 2000). It is also possible that the carboxylic molecules and surfactants 

form mixed micelles. 

2.4.3 Wettability Alteration by Surfactant Adsoption 

For anionic surfactants, Austad (1998) claimed that the surfactant molecules 

could form a monolayer on the rock surface through hydrophobic interactions with the 

adsorbed crude oil components. As shown in Fig. 2-13, red circles are anionic surfactant 
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head groups, black squares are polar components from the crude oil. The layer of 

adsorbed surfactants with the hydrophilic head groups covering the originally oil-wet 

rock surface could then change the wetting state of the rock surface toward more water-

wet. Since the hydrophobic effect is much weaker than the ion-pair interactions, Austad 

(1998) proposed that this could explain why cationic surfactants performed better than 

the anionic surfactants in altering the wettability of the carbonate rock to a more water-

wet state.  

Kumar et al. (2008) proposed micellar solubilization of adsorbed organic 

components by anionic surfactants. Since the hydrophobic interaction between carboxylic 

components and anionic surfactant monomers are usually weaker than the ionic attraction 

force (ionic bond energy: 100-350 kJ/mol) between carboxylic components and excessive 

positive surface charges (such as Ca
2+

) on carbonate rock surface, we usually only 

observe this micellar solubilization will emusify some oil from the surface, leaving a thin 

oil film on surface.  

While anionic surfactants were less effective compared to cationic surfactants in 

oil recovery from wettability alteration mechanisms, they were still able to produce a 

fraction of oil by gravity drainage mechanisms.  

2.4.4 Wettability Alteration by Thermal Mechanism  

It has been observed that carbonate rocks increase water-wetness at elevated 

temperature (Macaulay, 1995; Al-Hadhramin, et al, 2000). Al-Hadhrami and Blunt 

(2000) suggested an improved oil recovery method for the Ghaba North field in Oman, 

based on a thermally induced wettability alteration from oil-wet to water-wet conditions. 

Glandt et al (1995) reported increased dissolution of water in the oil phase with 

increasing temperature. At temperature 130
o
C, approximately 2% water dissolved in the 
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oil phase, which indicates that the activity of water in the oil phase can be significant as 

the temperture increases. Water molecules dissolved in the oil phase are therefore 

assumed to have the ability to displace organic material adsorbed to the chalk and alter 

the wettability of the mineral surface, when the water concentration exceeds some critical 

concentration.  

Another contribution to increased water-wetness with increasing temperature is 

based on the assumption that the following reaction is exothermic (Madsen and Lind, 

1998). Elevated temperature will push the equilibrium of this reaction to the left side, 

which indicates the polar components will desorb from the carbonate surface. 

 

 

Polar components Oil Phase   Carbonate surface

Polar components carbonate surface   Heat



 

   ………………………………... (2-3)  

2.4.5 Wettability Alteration by Modified Seawater  

In some carbonate reservoirs in North Sea, seawater (containing high 

concentrations of divalent ions such as SO4
2-

 and Ca
2+

) was found to alter the wettability 

towards more water wet at high temperatures. Tweheyo et al (2006) conducted imbibition 

experiments and found that wettability of chalks can be altered at high temperatures by 

divalent ions like SO4
2-

 and Ca
2+

 without any surfactant. His work shows that three 

divalent ions Ca
2+

, Mg
2+

 and SO4
2-

, which are naturally present in seawater, are important 

in changing the surface charge of chalk and are more effective when they are all present 

in solution in favourable ratios. It was documented by Zeta potential measurements that 

these ions acted as potential determining ions towards chalk, i.e., they were able to adsorb 

onto the chalk surface and modify the surface charge. Studies by BP at reservoir 

conditions for the Valhall field have confirmed the results (Webb, 2005).  
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A chemical mechanism for wettability alteration, which is in line with 

experimental observations, was suggested as illustrated in Figure 2-14. In the case of 

Ca
2+

 and SO4
2- 

as the wettability modifiers, SO4
2-

 will adsorb onto the positively charged 

chalk surface, and the positive surface charge is decreased. More Ca
2+

 can then be 

attracted to the surface due to less electrostatic repulsion, and Ca
2+

 can react with 

carboxylic material and displace it from the surface as illustrated by the following 

reaction: 

RCOO
-
-CaCO3(s) + Ca

2+
 + SO4

2-
 = RCOOCa

+
 + CaCO3(s) + SO4

2-
 ………………. (2-4) 

Thus, the role of SO4
2-

 in this reaction is to act as a catalyst to increase the 

concentration of Ca
2+

 close to the surface. In the case of Mg
2+

 and SO4
2-

 as the wettability 

modifiers, they suggest that Mg
2+

 is able to displace the Ca
2+

 ion, which is connected to 

the carboxylic group, as well as Mg
2+

 is able to displace other Ca
2+

 ions from the surface 

lattice of the chalk. Also this reaction is catalyzed by SO4
2-

, which is clearly 

demonstrated by the very small increase in oil recovery for the imbibition test without 

added sulfate. This displacement is illustrated by the following reaction: 

RCOO
-
-CaCO3(s) + Mg

2+
 + SO4

2-
 = MgCO3(s) + RCOOCa+ + SO4

2-
 ……………. (2-5) 

2.4.6 Wettability Alteration by Mineral Surface Dissolution 

Injection of water into carbonate reservoirs could cause mineral dissolution, 

which might change the wettability and perhaps even cause pore collapse and expel oil. 

Hiroth (2010) has modeled the dissolution of calcite and found that the dissolution of 

calcite will take place in the temperature range where enhanced imbibition is observed. 

At low temperature, seawater is in equilibrium with calcite, but at higher temperature 

calcium in the seawater reacts with sulfate and anhydrite is precipitated. When anhydrite 

is formed the aqueous phase loses calcium, and calcium has to be supplied from the rock 
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for the solution to remain in equilibrium with calcite. The source of Ca
2+

 ions must be 

calcite dissolution. If the calcite dissolution takes place where the oil is adsorbed, then the 

oil can be liberated from the rock. As indicated in Figure 2-15, the mineral surface is 

rough. Sharp points or asperities on the surface are generally more reactive and potential 

loci for mineral dissolution. Oil is attached where there is a large curvature and the water 

film is broken. When dissolution of the chalk surface takes place where the oil was 

attached, and new water-wet rock surface is created. 

Austad (2009) argued that the dissolution mechanism did not support his 

experimental work. In his experiments, high concentration of Ca
2+

 in the presence of 

SO4
2-

 increased the imbibition oil recovery. Since Ca
2+

 is an inhibitor for carbonate 

dissolution, the improved oil recovery is due to other mechanisms than carbonate 

dissolution. Similar observations are made when Na2CO3 is added in the surfactant 

formulation. Although CO3
2-

 is also an inhibitor for carbonate dissolution, the 

surfactant/Na2CO3 formulation significantly improved oil recovery (Hirasaki et al., 

2004). The EOR effect in the presence of Na2CO3 is due to alkali/acid reaction 

(generation of in-site soap) and change of surface charge, and not from mineral 

dissolution. However, when the ligands (such as acetate, citrate, EDTA, sodium 

polyacrylate) are added in the surfactant formulation or brine solution, the carbonate 

dissolution mechanism can be significant.  

Willhite and his colleagues conducted a study of the chemical interactions 

between brine solutions and dolomite (Zou, et al, 2000). They found that although the pH 

of injection brine (KCl solution) varied from 4 to 10, the pH values of effluent samples 

were always around 10 due to the fact of dissolution of dolomite mineral. The presence of 

cationic ions Mg
2+

, Ca
2+

 in the injection brine inhibits the dissolution of the dolomite. It 

should be noted that dissolution of dolomite during coreflood with up to 1000 PV 
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injected brine had little effect on porosity and permeability of Baker dolomite core. 

Pokrovsky (2001) conducted the measurements of dissolution rate of dolomite at 25
o
C in 

a mixed-flow reactor. He altered the parameters such as pH of brine solution (pH 5-12), 

ionic strength (0.002 < I < 0.1M), total dissolved carbonate (10
-5

<ΣCO2<0.1M), calcium 

(10-6 - 0.003M), magnesium (3*10
-7

-0.005M), inorganic (SO4
2-

) and organic ligands 

(acetate, ascorbate, formiate, tartrate, oxalate, citrate, and EDTA) concentrations. 

Dissolution rates were found to be pH-independent at 6 < pH < 8 and to decrease with 

increasing pH at pH > 8 and ΣCO2 > 10
-3 

M. In the alkaline pH region, carbonate and 

bicarbonate ions significantly inhibit dissolution rates at far from equilibrium conditions. 

Dissolved Ca was found to be a strong inhibitor of dolomite dissolution at pH above 7, 

whereas dissolved Mg has no effect on the dissolution rate.  

Zhang et al. (2007) determined the dissolution kinetics of dolomite in water at 

elevated temperatures (25-250
o
C). The results are in agreement with Pokrovsky’s. Perry 

(2005) reported that EDTA-mediated calcite dissolution occurs via a different process 

than water-promoted dissolution. The parallel process of water- dominant dissolution at 

point defects and EDTA-dominant dissolution are clearly observable in real-time atomic 

force micrographs. The preferential attack of EDTA along deeply penetrating 

crystallographic defects may have been related to facilitated chelation of calcium by 

EDTA because of increased cation reactivity, increased step density and reaction area, or 

altered atomic geometry along these lattice features. EDTA promotes dissolution of deep 

pits, at step velocities up to 20-fold faster than those of water-driven pits. 

2.5 NUMERICAL MODELING OF WETTABILITY ALTERATION 

Wettability Alteration of rocks using surfactant is an important mechanism which 

contributes to EOR. Wettability alteration has been modeled with the changes of relative 



 30 

permeability and capillary pressure and capillary desaturation curves. There are a few 

numerical studies to model the effects of wettability alteration on oil recovery from oil-

wet rock systems (Hognesen et al. 2004; Adibhatla et al. 2005; Delshad, et al., 2009; 

Kalaei et al. 2012).  

Adibhatla et al. (2005) developed a mechanistic reservoir simulator to model 

wettability alteration process taking into account of changing contact angles. The 

simulator uses a 3D finite volume, two-phase, four-component implicit numerical 

scheme. The effects of wettability alteration on residual saturation, relative permeability, 

and capillary pressure are modeled using a simple interpolation between the initial and 

modified contact angle. The contact angle in each grid block is determined by surfactant 

concentration, Csurf, with given initial and final contact angle as follows: 
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Kalaei et al. (2012) proposed a wettability alteration model where the modified 

contact angle depends on the surfactant concentration and CMC, based on an empirical 

correlation developed from experimental data: 
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Where C(t) is the concentration of surfactant in the aqueous phase that changes with time 

while f and o are the final and initial contact angles which are determined from lab 

experiments. The parameter "d" is determined by history match of the experimental data 

and usually falls between -0.2 to -3. This model permits alteration of the rock wettability 

with time.  
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More importantly, the model first compute the oil phase pressure and water phase 

pressure in each gridblock is calculated using the oil pressure and the specified capillary 

pressure at that gridblock using the Brooks and Corey capillary pressure-saturation 

relationship. This is because inside the matrix block, the water phase is initially immobile 

and dependent on the mobile oil phase and the capillary pressure. The water pressure in 

fractures can be calculated based on the hydrostatic length of the water (aqueous) phase. 

The difference between the water pressures inside and outside the matrix block is the 

driving force for water to move inside the matrix.   

UTCHEM, the University of Texas in-house compositional chemical simulator 

has the capability to model the effect of wettability on relative permeability, capillary 

pressure and residual oil saturation. A brief description of the model is given herein. 

Relative permeabilities are calculated based on Corey model as following: 

,      =1, 2, 3
no

r r n
k k S ……………………………………………………..….. (2-8) 

where  refers to water, oil or microemulsion phase; o

r
k  is the relative permeability 

endpoint for phase ; n is the Corey exponent of phase  and nS  is the normalized 

saturation of phase  calculated as:  
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where S is the phase saturation, and rS is the residual saturation of phase . Besides 

wettability alteration effect, surfactants also reduce IFT between oil and aqueous phases 

and emulsify oil. The effect is modeled by a dimensionless group, trapping number, 

which is a combination of capillary number and bond number as expressed as Eq. 2-10. 

The trapping number adequately models the combined effect of viscous, capillary, and 
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buoyancy forces in three dimensions (Delshad, 1990; Delshad et al., 1996; Jin 1995; 

UTCHEM technical manual, 2000).  
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The IFT reduction and oil mobilization effect of surfactant cause the changes in residual 

phase saturation, end-point relative permeabilities, and exponents. The effect of 

mobilization on residual phase saturation is modeled in UTCHEM as follows (Delshad, 

1986). 
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where high

r
S  and low

r
S  are residual saturation of phase  at high and low trapping 

numbers, respectively. T  is a positive input parameter of phase ; and 
T

N  is the 

trapping number of phase . high

r
S  is typically zero. The end-point relative permeability 

enhancements caused by residual phase saturation reductions are modeled with the 

following correlation validated against experimental data (Delshad et al., 1986): 
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where ,o high

r
k  and ,o low

r
k represents endpoint relative permeability of phase , at higher 

and low trapping number, respectively. 'rS is the residual saturation of the conjugate 

phase. A similar expression is developed for relative permeability exponents as shown in 

Equation 2-13 (Delshad et al., 1986): 
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where low
n and high

n  are the Corey exponents for low and high trapping numbers, 

respectively, specified as input parameters. 
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Equations of 2-11 to 2-13 are solved once for the initial wettability condition and 

once for the altered condition. Two sets of relative permeabilities ( ,  ,  
o

r r
k S n ) and 

trapping numbers (T ) are required as model inputs corresponding to each wettability 

state. The relative permeability and capillary pressure in each gridblock, which will be 

used for multiple phase flow calculations in the simulator, are the interpolation between 

these two extremes as shown in Eqs. 2-14 and 2-15, provided the surfactant concentration 

in the gridblock is greater than CMC (critical micelle concentration).  

1 1
(1 )

final initial

r r r
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where ω1, ω2 are the interpolation scaling factors for relative permeability and capillary 

pressure, respectively. And ‘final’ and ‘initial’ refer to the two extreme wetting states (i.e. 

final and initial wettability states, respectively). The scaling factor is either a constant or 

related to adsorbed-surfactant concentration in each gridblock as follows (Delshad et al., 

2009): 
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where ˆ
surf

C  and surf
C are the adsorbed and fluid (non-adsorbed) surfactant concentration, 

respectively. The capillary pressure Pc is scaled with the oil/microemulsion IFT ( om ) 

using Corey type function, shown as follows:    

(1 ) pcEom
c pc

ow

P C S
k




  …………………………………………..…..………….. (2-17) 

where pcC
k


takes into account the effect of permeability and porosity using the Leverett 

J-function.  

UTCHEM wettability alteration model is used in this study. For each UTCHEM 

history matching study, the relative permeability curves, capillary pressure parameters 
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and residual oil saturation for the two extreme cases are adjusted until a good match is 

achieved. 

 All three models described above were validated and achieved satisfactory history 

matching of the experimental data (Adibhatla et al. 2005; Delshad, et al., 2009; Kalaei et 

al. 2012). However, the values assigned to each key parameter in these models do not 

necessarily represent the real petrophyiscal properties of the reservoirs due to the lack of 

accurate measurements of capillary pressure curves and phase relative permeabilities. 

2.6 RECOVERY MECHANISMS IN FRACTURED RESERVOIRS 

2.6.1 Gas-Oil Gravity Drainage (GOGD) 

 Gas-oil gravity drainage is considered to be one of the most dependable recovery 

mechanisms in naturally fractured oil-wet reservoirs. Gravity drainage is a gas-oil 

displacement where gravity forces dominate over viscous and capillary forces, and may 

result in high oil recovery. It was first described by Cardwell and Parsons (1949) and then 

modeled by Hagoort (1980). This mechanism relies on density difference between the 

phases and capillary contrast between the matrixes and the fractures. GOGD is slow 

process and requires continuous injection of gas.  

GOGD is contingent upon certain factors such as capillary threshold height and 

capillary discontinuity. The effective height of the matrix block determines if gravity 

drainage will occur, while the effective height of matrix blocks increases if vertical 

capillary continuity between matrix blocks established. 

In some field cases, after initial depletion of the fracture network gas-oil and oil-

water contact are established. Hence GOGD contributes to the oil recovery above the 

fracture gas-oil contact, and water-oil gravity drainage below the fracture water-oil 

contact. Foam has been suggested and demonstrated as a solution to control the high 
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mobility of the miscible and immiscible gas in the reservoirs and for EOR (Farajzadeh et 

al., 2010).  

2.6.2 Capillary Driven Spontaneous Imbibition 

Capillary pressure is the controlling factor for spontaneous imbibition when 

water-oil IFT is not low in fractured reservoirs. In water-wet matrix condition, negligible 

capillary pressure in the fractures and high positive capillary pressure in the rock matrix 

drive the imbibition of water from fractures into the matrix. The capillary pressure is a 

function of pore structure, fluid properties, fluid distribution, and wettability. The fluid 

distribution is controlled by fluid saturation and wettability. Hence the efficiency of 

capillary imbibition in fractured reservoir strongly relies on the wettability condition of 

the fracture-matrix system (Zhou et al. 2000). 

2.6.3 Gravity Driven Spontaneous Imbibition 

For moderately low IFT's and permeabilities above about 100 md, gravity 

segregation is the controlling mechanism. In this case, the rate of oil recovery may 

actually be greater for low IFT's. Gravity induced imbibition is co-current (oil produced 

from the top face only), which helps prevent snap-off and entrapment and allows high 

total recoveries. 

2.6.4 Capillary Continuity 

Capillary continuity between matrix blocks is critical for oil recovery from highly 

fractured reservoirs. Capillary continuity provides fluid communication between partially 

or completely isolated matrix blocks, thus increasing the ultimate oil recovery by gravity 

drainage and viscous displacement (Horie et al., 1990; Stones et al., 1992). As discussed 

in Section 2.6.1, capillary continuity increases the effective height of the oil column to 

extent over several matrix block heights, which allows gravity drainage to reduce oil 
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saturation to lower orS than that for a single discontinuous matrix block. Capillary 

continuity, established by the formation of wetting phase bridges, also improves oil 

recovery by water or surfactant displacement in highly fractured reservoirs. 

2.6.5 Parameters Influencing the Drainage and Imbibition 

Many parameters govern gravity drainage or imbibition, such as permeability, 

fluid saturations, wetting state, heterogeneity and fluid properties as density, viscosity 

and IFT. Some of these parameters will be discussed briefly below. The intention is not 

to give a thorough description of all of the parameters, but merely to focus on some of the 

most important.  

Permeability: Imbibition has long been recognized as an important recovery 

mechanism in low permeability reservoirs. Cuiec (1994) showed experimentally, that for 

low permeability chalk, the oil recovery by water imbibition is fast and efficient for 

strongly water-wet chalk. Mattax and Kyte (1962) found that the capillary-driven 

imbibition rate is scaled with k


of the core. Hagoort (1980) has shown the oil 

recovery rate is scaled with k  in gas-oil gravity drainage process. It was reported that a 

moderate increase in ultimate recovery attributes to the increasing permeability for chalk, 

diatomite and siliceous shale.  

Fluid density: Allan and Sun (2003) reported that density of the oil had a 

moderate positive correlation with the recovery factor in fractured reservoirs. Gravity has 

been pointed out to be an important recovery factor by several other researchers. 

Fluid Viscosity: The rate and extent of imbibition depend critically on the 

viscosity of the wetting and non-wetting phases (Ma et al., 1997; Zhou et al., 2002). 

Zhang et al. (1995) concluded from experimental work in water-wet sandstones, that 

spontaneous imbibition is inversely proportional to
w o

  . This was later theoretically 
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explained by Zhou et al. (2002). There was no study on the effects of the microemulsion 

viscosity on oil recovery when micro-emulsion phase exists in an ultralow IFT condition. 

Heterogeneity: Hamon and Vidal (1986) were not able to predict the actual oil 

recovery curve numerically due to small scale heterogeneities in the permeability of the 

cores. Torsæter (1984) discusses possible effects of microheterogeneties of permeability, 

pore structure, and surface roughness in core plugs from the Ekofisk field. 

IFT: Austad and Milter (1997) used surfactants to reduce the oil water IFT when 

performing imbibition tests on chalk. The imbibition rate decreased significantly in the 

presence of a surfactant solution compared to pure brine. This only holds true in the 

capillary driven process since low IFT kills the capillary forces. In gravity driven 

processes, IFT has strong effects on ultimate oil recovery because of its direct effect on 

capillary number c

u
N




 , while it does not significantly change oil recovery rates.  

Initial water saturation: Zhou et al. (2000) concluded from experimental work 

with Berea sandstones, that a decrease in initial water saturation from 25 to 15 % resulted 

in a decrease in water-wetness. As mentioned previously, the imbibition rate depends on 

the wetting state. Standnes and Austad (2000) showed that initial water saturation in 

chalk, which undergoes a wettability alteration process, had minor influence on the 

imbibition process. In this case the wettability alteration may be rate determining process. 

Wettability: Zhou et al. (2000) found that the imbibition rate was highly 

sensitive to wettability of Berea Sandstones. The imbibition rate increased as the water-

wetness increased, when water/oil IFT is high. In the processes when gravity dominates, 

wettability has strong effects on the ultimate oil recovery and recover rate of imbibition 

or drainage, because it improves oil relative permeability and favors mobilization of 

trapped oil.   
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2.7 SCALING OF RECOVERY FROM OIL-WET CARBONATES BY LOW IFT SURFACTANTS 

The up-scaling of imbibition oil recovery was intensively studied in petroleum 

industry, because it facilitates the understanding the matrix-fracture transfer rate in highly 

fractured reservoirs. Scaling laws, with lumped petrophysical parameters, can be used to 

investigate mechanistically the key factors attributed to the difference of imbibition rates. 

The scaling work presented in this work is greatly benefitted from the large amount of 

literature available on similar studies.  

The most important forces determining the flow of oil and water during the oil 

production process are viscous, gravity and capillary forces (Morrow, 1979). In static 

imbibition experiments, viscous force is negligible compared with gravity and capillary 

forces, while in dynamic imbibition and core flood, viscous force is important.  

2.7.1 Scaling Law by Ma et al. (1997) 

Several versions of the scaling rules for capillary imbibition were tested. Ma et al. 

(1997) modified the most commonly used Mattax and Kyte scaling law (1962) to include 

the effect of non-wetting phase viscosity. Their general scaling law for counter-current 

imbibition in water-wet rocks where gravity has no effect is: 

, 2D Pc

w o C

k
t t

L



  
 ……………………………………………………………. (2-18)   
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where ,D Pc
t is dimensionless time, t is the actual time of imbibition,   is porosity, k is 

permeability,   is interfacial tension, w and o  are displacing and displaced phase 

viscosity; d is the diameter of the core and L is the length of core sample. Using this 

dimensionless time, the experimental results obtained for water-wet cases fit into a 

unique curve, which is referred to as the very strongly water wet (VSWW) curve. Ma et 
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al. (1997) correlated imbibition data presented by Mattax and Kyte (1962) in Alundum 

samples and Weiler sandstones, Hamon and Vidal results in synthetic materials and 

Zhang et al’s results in Berea sandstones with different boundary conditions, as show in 

Figure 2-16.  

When we scale-up the spontaneous imbibition in the porous medium with 

wettability different from strongly water-wet, we also should include the influence of 

gravity forces on the oil production rate. Xie and Morrow (2000) proposed a scaling law 

for this case: 
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where ( )Dt c g  is dimensionless time including capillary and gravity forces, f(θ) is 

wettability factor. For an oil wet rock, recovery happens mostly by gravity drainage. 

During the literature survey, no reports were found that applied Ma’s scaling law to 

the dual porosity carbonates. It is observed that Ma’s scaling rule did not account for the 

phase relative permeability and mobility ratio, which are very important parameters for 

prediction of multiphase flow behavior in porous media. 

2.7.2 Scaling Law by Zhou and Kovscek (2002) 

Zhou et al. (2002) developed a modified scaling group, which incorporated the 

relative permeability and mobility ratio in the analysis of counter-current imbibition. 

They came up a flowing dimensionless time follows from Equation 2-21: 
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Where *

r
  is a characteristic mobility for the wetting and non-wetting phases and *M  

is a characteristic mobility ratio. The mobility ratio depends on the viscosity of the fluids 

and the wettability of the system. For strongly water wet systems, the end-point relative 

permeability of the wetting phase can be significantly less than unity. In the case of 

water-decane system, * *
1 ~

rw ro
k k , which leads to * *

rw ro
  . Then *

1/ *M M . 

As a result, the Zhou’s scaling term is simplified and given as: 
*

, 2c
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D P

C w

kk
t t
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 ……………………………………..…………………………… (2-23)  

The characteristic relative permeability of water phase can be defined as the krw at 

the displacement front if the counter current imbibition can be assumed to be a piston-like 

process. Also, the form of equation shown above indicates the dominant effect of relative 

permeability of displacing phase on the capillary-driven imbibition rate. 

2.7.3 Scaling of Gravity Drainage/Imbibition by Hagoort (1980) 

Hagoort (1980) has analyzed the 1-D gravity driven oil drainage by a gas, and the 

expressions for dimensionless time is given by: 
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Where, 0

ro
k  is the end point oil relative permeability and Soi is initial oil saturation and 

Sor is the residual oil saturation. To understand the contribution of each driving force, the 

ratio of capillary to gravitational forces was derived by Schechter et al. as an inverse 

Bond number 1
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where C is dimensionless constant for capillary tube model (C=0.4). For a system with 

well-defined wetting properties, Schechter (1994) found that capillary forces are 
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dominant for 1

B
N

 >5 and gravity forces are dominant for 1

B
N

  <<1. In the intermediate 

range, 0.2< 1

B
N

 <5, both capillary and gravity forces can be active in the displacement.  

Since the gravity drainage scaling term was initially developed for gas-oil system 

(Hagoort et al., 1980), it does not take into account varying wettability and IFT. It also 

does not include displacing fluid viscosity because it was developed for an inviscid 

displacing fluid. In this study, we mainly work on low tension-aided gravity drainage or 

imbibition processes. Hence this scaling rule must be carefully applied. 

2.8 TRACER TESTS IN FRACTURED POROUS MEDIUM 

2.8.1 Application of Single Well Tracer Tests (SWTTs) in Oilfields 

Several methods are currently available to measure remaining oil saturation 

(ROS) after waterflood, ranging from logging techniques to specialized coring 

procedures that allow the engineer to better assess the reservoir’s remaining reserves and 

its distribution. The Single Well Tracer Test (SWTT) method is an in-situ technique to 

determine ROS of the reservoir of interest (Tomich, et al. 1973). Of all the methods 

available, single well tracer test (SWTT) is rather unique because of its quick response 

(around 2 weeks in most cases) and depth of investigation that can reach up to 40 feet (12 

meters).  

Single well tracer test is a well-established technique to measure ROS after water 

flood and subsequent EOR processes. The SWTT consists of injecting an ester dissolved 

in water into a well, letting the ester partially react to form an alcohol during the shut-in 

stage, then back producing the well and measuring of the concentration of ester and 

alcohol produced. The difference between the arrival times of the tracers will be used to 

determine ROS analytically or by simulation history matching. In the SWTT, hydrolysis 

of primary tracers (esters in most cases) is assumed to be a non-reversing and first order 

reaction.  
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Based on tracer breakthrough curves, the ROS can be estimated analytically, as 

indicated in Fig. 2-17. Cooke (1971) used the chromatographic method to determine 

ROS. Deans et al. (1980) applied the method of moments to estimate residual oil 

saturation for a SWTT. Tang et al. (2001) performed simple analytical models to 

determine ROS in SWTT, including mass balance method, peak method, and mean 

retention volume method. Interpretation of tracer breakthrough curves become very 

challenging when there is a significant non-ideal tracer flow in the reservoir. History 

matching of tracer breakthrough curves (BTCs) in compositional simulators provides a 

rigorous interpretation of tracer flow and estimation of ROS in heterogeneous reservoirs.    

Besides its application on ROS estimation, there are many other applications of 

SWTTs found in the literature. Gardien et al. (1996) explored the use of a SWTT for 

hydraulic fracture diagnosis. A SWTT method could be used to estimate the product of 

fracture length and height by using conservative tracers. Descant (1989) and Ferreira et 

al. (1992) developed a SWTT to estimate reservoir wettability. Deans et al. (1974) 

established the SWTT method to measure the connate water saturation using oil or diesel 

to carry tracers. The SWTT has been approved to be reliable methods to characterize the 

reservoir, especially to determine ROS after performing the tests for a few decades. 

2.8.2 SWTT Fundamentals and Data Interpretation   

The principle of the SWTT is based on the chromatographic retardation theory. 

When the partitioning tracer is injected, it is distributed and dissolved in the immobile oil 

phase and flowing water phase, producing a delay in reference to the non-partitioning 

tracer (only dissolved in water) and the separation between them. The primary tracer 

distribution is controlled by the partitioning coefficient dK , which is obtained from the 

laboratory and is defined in Equation 2-26.  
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Where Ci,o is the molar concentration of the partitioning tracer in oleic phase and Ci,w is 

the molar concentration in water phase. Typical K
d 

values for a partitioning tracer, such 

as ethyl acetate, can vary from 3 to 10, while K
d 
values for a non-partitioning tracer, such 

as ethanol, fall into the range of 0.001~0.1. The K
d 

value in crude oil-water environment 

is a function of the following parameters: reservoir temperatures, reservoir brine salinity, 

crude oil type, gas-oil ratio and so on (Carlisle et al., 1982).   

The retardation factor is the second parameter needed to interpret SWTT 

analytically. It is derived from chromatography theory and defined in Eq. 2-27: 

1 1
1

dK ROS

ROS
  


…………………………………………………………….…... (2-27) 

From the delay of arrival of the primary partitioning tracer measured in the field (1+ β), 

and the K
d 

value obtained from the laboratory, the value of the ROS can be then 

theoretically calculated. 

The third important parameter in SWTT is the hydrolysis rate of reactive tracer 

Kh, which usually is considered as first-order rate constant, shown in Eqs. 2-28 and 2-29.

2( ) ( ) ( )Ester A H O Alcohol B Acid C   ………………………………….… (2-28) 

A h AR k C  ……………………………………………………….………………… (2-29) 

The hydrolysis rate constant Kh is a strong function of temperature, brine salinity, and 

pH. The acid product in this hydrolysis reaction will be consumed in the reservoir rocks 

because of buffering effect, which results in very stable pH condition in reservoir 

comparing with the bulk test in lab. In combination with changing of reservoir 

temperature during the cold brine injection, the value of Kh determined in the lab can only 

be considered as a reference value for the history matching. The primary tracer will be 

hydrolyzed in the reservoir to release product tracers. In order to obtain a good SWTT 



 44 

response and interpretable data, hydrolysis fraction of primary tracer should not be over 

50% of total injected primary tracer.  

2.8.3 Modeling of Non-Ideal flow in SWTT  

There are some non-ideal conditions observed in SWTT tests, including fluid drift, 

local non-equilibrium (capacitance effect) in carbonates, and irreversible flow behavior in 

formation layers. These non-ideal flow conditions can distort the SWTT results and tracer 

profiles from ideality.  

Fluid drift is caused by a pressure gradient in the formation due to nearby 

producers/injectors as well as active aquifer and non-sealing fault. The fluid drift distorts 

of tracer profiles from ideal concentric form to egg-like due to the alteration of 

streamlines and dilution of the tracers. It is represented as an additional displacement 

velocity within the reservoir and generally it lies within a range between 0.1 and 1 m/day. 

It is characterized by extensive dispersion and/or double peak effects in the tracer profiles 

that can be confused with irreversibility effect. The simulation assumes that a linear flow 

field with a fixed drift velocity, vD, is superimposed on the radial flow at the test well. 

Obtaining a best fit to field data involves varying drift velocity, vD, in addition to other 

key matching parameters.  

The pore geometry of most carbonates is such that the basic assumption of local 

equilibrium of partitioning tracers is not valid. Deans et al (1986) observed characteristic 

distortion in tracer profiles, which includes poor apparent material balance; excessive 

early dilution of tracers; early arrival of poorly defined peaks and abnormally large mean 

retention volume caused by extended concentration tails. He proposed a modified “dead-

end” pore model to reproduce all of these features. The pore-diffusion model is justified 

since the equilibrium time for diffusion is of the same order as the time span of the tracer 

test itself. Diffusion coefficients of low molecular weight esters in brine are on the order 
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of 1cm
2
/day. The time of contact of tracers in a SWTT test is on the order of one day 

during injection and production. This means that heterogeneous regions on the order of 

1cm in size will be significant. Many carbonate reservoirs show heterogeneity in this 

scale, such as vugs, worm burrows, skeletal fragments, and so on. The dual-porosity 

simulator has been used to interpret more than 30 tests to date. For a summary of SWTT 

test experience in carbonate formations, please refer to Deans and Carlisle (1986). 

Interpretation of SWTT tests in sandstone formations has revealed a very 

common nonideality. The existence of local pressure differences between the layers 

results in 1) a significant cross flow during the shut-in period; and 2) the tracer bank from 

the higher-pressure layer will return earlier than it should and the tracer from the lower-

pressure layer will be late. This phenomenon produces a two peaks or tailing effect on the 

tracer profiles and the magnitude of the effect will depend on the contrast between the 

injection and production profiles. To accommodate this non-reversing flow, a multilayer 

model applied in the history matching to interpret certain SWTT tests, even this layering 

might not really exist. However, large number of parameters in SWTT simulators raised a 

legitimate concern of uniqueness of the fit. 

2.8.4 SWTTs in Fractured Porous Medium 

A major part of the world’s remaining oil reserves is located in fractured 

reservoirs, which are dual porosity (fracture-matrix) and multi-porosity (fracture-vug -

matrix) in nature. Naturally fractured reservoirs can be considered to be an extreme 

example of heterogeneous reservoirs. Because of low (diffusion-dominant) mass transfer 

between fracture and matrix, the models of tracer tests suffer from being insensitive to 

the oil saturation in the non-flowing matrix pores (Tang, J.S., et al 2001). This 

insensitivity gives rise to an uncertainty in calculating pore-averaged remaining oil 

saturation.  
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Some SWTT tests were performed to investigate the matrix diffusion in a single 

phase flow condition (Neretnieks, 2007; Haggerty et al., 2001). To the best of our 

knowledge, no field SWTT test has been completed successfully in highly fractured oil 

reservoirs. To perform a SWTT in such a highly fractured reservoir, it is very important 

to block the well-connected fractures in the expected investigation domain. The effects of 

isolated or small-scale fractures on the tracer return profiles are one of the main research 

objectives in this work.     

2.8.5 Modeling of SWTTs in UTCHEM 

UTCHEM is 3D compositional simulator which can be used to simulate chemical 

flooding and tracer flow and transport in porous media. To improve the numerical 

accuracy, a third-order finite-difference method is used to approximate spatial 

derivatives. The major assumptions imposed when developing the flow equations are: 1) 

Darcy’s law applies; 2) Fickian dispersion; 3) Ideal mixing holds; 4) Local 

thermodynamic equilibrium; and 5) slightly compressible solid and fluids. The boundary 

conditions for UTCHEM Cartesian Grid are no flow and no dispersive flux across 

impermeable boundaries; while for radial option, a constant pressure outer boundary is 

imposed.  

The mass conservation equation for tracer component is expressed by: 

 C N R
t

   


  


………………………………………………………….. (2-30)   

Where the overall volume of component  per unit pore volume is the sum over all 

phases including the adsorbed phases ( CVn is the total number of volume-occupying 

components, p
n is the number of phases, and Ĉ is the adsorbed concentration): 
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and the total flux of the tracer component is N , defined by ( K is the dispersion tensor 

including molecular diffusion):  
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The tracers modeled in UTCHEM can be aqueous tracers, oleic tracers, or 

partitioning tracers. It is assumed that they do not occupy any volume and they do not 

affect any physical properties. The tracer partitioning coefficient for a water/oil tracer is 

defined as: 
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where CT1 and CT2 are the tracer concentrations in the water and oil pseudo-components.  

Hydrolysis of primary tracer (ester) to form alcohol is assumed to be irreversible 

and first order in UTCHEM. Since one mole of ester generates one mole of alcohol, so 

the reaction is modeled by: 
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UTCHEM also has the capability of modeling of tracer adsorption, tracer partitioning 

coefficients as a function of temperature and brine salinity, and tracer hydrolysis rate as a 

function of temperature.  
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Table 2-1: Wettability of 55 Reservoir Rock Samples 

 

*Based on contact angle/wettability relation defined by Treiber, et al., 1972 

**Based on contact angle/wettability relation defined by Morrow, 1976 

 

 

 

 

Table 2-2: The lists of quantitative and qualitative methods to measure wettability 

Quantitative Methods Qualitative Methods 

Contact Angle Imbibition 

Amott-Harvey Floatation 

USBM Relative Permeability 

Amott-USBM Capillary Penetration 

 Glass slide 

 Electrical resistance 

 NMR measurement 

 

 

 

 

 

 

 

 

 Water-wet 

(θ < 75
o
)* 

Intermediate Wet   

(θ = 75
o 
- 105

o
)* 

Oil-Wet 

(θ > 105
o
C)* 

Sandstones 43% 7% 50% 

Carbonates 8% 8% 84% 

Total Samples* 27% 7% 66% 

 Water-wet 

(θ < 62
o
)** 

Intermediate Wet   

(θ = 62
o 
- 133

o
)** 

Oil-Wet 

(θ > 133
o
C)** 

Total Samples** 26% 47% 27% 
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Table 2-3: Desirable characteristics of surfactants for EOR (Pope, 2009) 

Performance Characteristic Corresponding solutions 

Capable of producing ultra-low IFT ( high 

solubilization ratio) 

Preferential packing at interface of large surfactant 

molecules 

Stability at high temperature 
Sulfonates and Carboxylates and Sulfates at high 

pH 

Low EACN crude oil/low IFT at high TDS Light GAS surfactant, IOS, AES (HLB>11) 

High EACN crude oil/low IFT at low TDS 
Heavy GAS surfactant, IOS, APS, ABS, AOS 

(HLB<11) 

Avoid gels, liquid crystals and viscous 

phases 

Branched hydrophobes, alkali, co-solvents, 

surfactant mixtures 

Low adsorption and retention in both 

sandstones and carbonates 

Alkali, high pH, Good microemulsion phase 

behavior and low microemulsion viscosity, 

chemical gradients 

Rapid coalescence and equilibration 
Alkali, co-solvents, branched hydrophobes, 

surfactant mixtures 

Commercial availability and low cost 
Few synthesizing steps with inexpensive 

hydrophobes 

 

 

Figure 2-1: Four main categories of enhanced oil recovery methods 

 

Enhanced Oil Recovery 

Thermal Chemical Gas Others 

 Steam 

 Combustion 

 Hot water 

 SAGD 

 Electric Heating 

 

 Polymer 

 Alkaline 

 Surfactants 

 Combinations 

 CO2 Miscible/Immiscible 

 HC Miscible/Immiscible 

 Nitrogen 

 Microbial 

 Others 
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Figure 2-2: The schematic representation of an oil-wet fractured carbonate reservoir and 

its production by surfactant-mediated spontaneous imbibition process 

(Gupta, R., Ph.D. dissertation, 2009) 
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Figure 2-3: The evolution of carbonate pore classification systems (after Lucia 1999). 
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Figure 2-4: Geological/ petrophysical classification of vuggy pore space based on vug 

interconnection (Lucia, 2009).  

 

Figure 2-5: Characterization of Vuggy Porosity in Carbonates in three length scales. 

(Glemser, 2007) 
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Figure 2-6: Oil-water drainage relative permeability for two fractured, vugular Cores. 

 

 

 

 

Figure 2-7: Contact angle and force balance on oil/water/solid 
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Figure 2-8: Pore scale fluid distribution in the rocks with different wetness (Abdallah, 

2007) 

 

Figure 2-9: Map for surfactants match to reservoir salinity and temperature (Barnes et al., 

2010). 
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Figure 2-10: Oil-wetness development. Squares are charged/polar organic materials from 

crude oil (Buckley et al. 1998) 

 

Figure 2-11: Interactions between rock surface and crude oil components 
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Figure 2-12: Mechanism for spontaneous imbibition of cationic surfactant into oil-wet 

carbonate rock (modified from Austad et al., 1998).  

 

 

 

Figure 2-13: Mechanism for imbibition of anionic surfactant into oil-wet carbonate 

(Austad et al., 1998). 
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Figure 2-14: Suggested mechanism for the wettability alteration induced by seawater 

(Austad, 2009) 

 

 

Figure 2-15: Mineral dissolution takes place on sharp points, and creates water wet rock 

surface (Hiroth, 2010). 
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Figure 2-16: Normalized imbibition oil recovery vs. dimensionless time for imbibition 

into a strongly water-wet medium (after Ma et al. 1997). 

 

Figure 2-17: The separation of primary and secondary tracer breakthrough curves and the 

estimation of ROS. 
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Chapter 3:  Materials and Experimental Procedures 

3.1 MATERIALS 

3.1.1 Brines 

All the common salts, such as NaCl, Na2CO3, were supplied by Fisher Sci. The 

sequestration agents Tetrasodium EDTA (Dissolvine E-39) and sodium polyacylate 

(MW: 2100 Daltons) were from Harcros Organic and Sigma-Aldrich, respectively.  

Synthetic formation brine (FB), used as connate water in dolomite cores, 

consisted of total dissolved solid (TDS) of 118,113 ppm, and Ca
2+

/Mg
2+ 

of 4025ppm. The 

density, pH and viscosity of formation brine at room temperature were 1.07g/cm
3
, 6.9 

and 1.2 cP, respectively. Synthetic seawater (SASW), used as imbibing brine, has a TDS 

of 38,433 ppm (ρ=1.06 g/cm
3
, μ=1.1cP at ambient conditions) and divalent cations (Ca

2+ 

and Mg
2+

) of 1820ppm. The softened SASW (SSASW) was also prepared when needed 

in the imbibition tests. The brine compositions are listed in Table 3-1.  

3.1.2 Surfactants 

Nonionic Surfactant Ethomeen
®

 T/25 was from Akzo Nobel. Anionic surfactants 

Enordet
®

 A092 was obtained from Shell Westhollow; Internal olefin sulfonates (IOS) and 

Alpha Olefin Sulfonates (AOS) were obtained from Stepan Chemicals; Amphoteric 

surfactants (Betaines) were from Rhodia Co., Guerbet alkoxy carboxylates were 

synthesized in the laboratory at The University of Texas. The detail information of 

surfactants used in this study is listed in Table 3-2.  

The molecular structure of a cationic surfactant BTC
®

8358 is shown in Fig. 2-1. 

Many of the anionic surfactants evaluated were from two surfactant families: Internal 

Olefin Sulfonates (IOS) which are part of the Enordet
®

 O series (Shell Westhollow); 

branched C16, 17 alcohol-based anionic surfactants which are part of Enordet
®

 A series. 
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The two families of surfactants show high EOR performance at high temperature, high 

salinity, and high hardness reservoir conditions. The chemical structure of Enordet
®

 

A092 is shown in Figure 3-2. Alkoxy carboxylate surfactants were shown high thermal 

stability and high tolerance to hardness cations. The molecular formulations for 

carboxyaltes are presented in Figure 3-3. ETHOMEEN
®

 T/25 is an amine alkylene oxide 

adduct, which is nonionic surfactant at neutral to high pH. The molecular structure is 

indicated in Figure 3-4.  

3.1.3 Rocks 

The reservoir whole core samples were obtained from the company. As shown in 

Fig. 3-5, the reservoir cores appear to be very heterogeneous with big holes and vugs. We 

have confirmed reservoir rocks are dolomite rocks based on mineralogy report. Silurian 

dolomites, used in the imbibition experiments, represent a class of vuggy carbonates. 

Berea sandstones, used in tracer studies, represent a class of fairly homogeneous rock.  

3.1.4 Crude Oils 

The crude oil was used to restore the wettability of the field cores to their original 

wetting state, and modify the wettability of the outcrop cores by aging the core plugs with 

the crude oil at elevated temperatures. Two batches of crude oil samples were provided 

by the company. The crude oil has a density of 22
o
API, 0.92 g/cm

3
 and a viscosity of 560 

cp at 25°C, and 10.0 cp at 100°C. The viscosity is measured using a Brookfield 

viscometer. The surrogate oil (a mixture of dead crude and a low-EACN hydrocarbon to 

match the live oil EACN) were used for the experiments at ambient pressure to account 

for the effect of solution gas on phase behavior. The surrogate oil contained 30 wt% 

cyclohexane and 70 wt% dead crude. The viscosity of surrogate is 3.0 cp at 100 °C. The 

crude oil was filtered through a 5.0μm and 0.45μm cellulose filter before use.  
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3.2 MEASUREMENTS OF WETTABILITY ALTERATION   

3.2.1 Aqueous Stability of Surfactant Solutions 

The aqueous stability tests were used to screen the thermally stable and hardness-

tolerance surfactants at high temperatures (100
o
C and 120

o
C) with hard brines. The 

surfactant formulations in hard brines were carefully visually monitored at both room 

temperature and reservoir temperatures to determine whether they were stable or forming 

precipitation or phase separation. Aqueous stable surfactants were selected for further 

evaluations.  

3.2.2 Contact Angle Measurements 

Contact angle measurements were conducted on calcite plates with various 

surfactants. The plates (approximately 1.5” ×1.5” × 0.2”) were polished and cleaned. The 

plates were immersed in the formation brine (no surfactant) for a day, and then aged in 

crude oil at an elevated temperature for 4 weeks to render oil-wetness. The length of 

aging process depends on the type of oil. The aged plates were put in a special 2×2 inches 

optical glass cuvette and surrounded with Seabrine (SASW) or dilute surfactant solutions. 

A typical water-oil contact angle on the oil-wet calcite plates was about 150~180
o
. In 

diluted surfactant solutions, the evolution of contact angle was monitored with time. The 

equilibrated contact angle of oil droplets on the calcite surface was measured using a 

goniometer, as shown in Figure 3-6. The contact angle measured in this fashion is the 

“water-advancing” contact angle. 

3.2.3 Core Preparation 

Cores were prepared such that they replicate reservoir conditions to study the 

effect of wettability alteration. These cores were either taken from outcrop samples 

(Silurian dolomites and Berea Sandstone), or they were obtained from oil reservoirs. 

Cylindrical core plugs, 1.5” in diameter with variable lengths, were drilled from whole 
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cores or blocks. Outcrop rocks such as Silurian dolomites and Berea sandstones are oil-

free and no pre-cleaning is needed. The reservoir core plugs were cleaned using Dean-

Stark extraction method, which usually involves boiling a mixture of 65% chloroform 

and 35% methanol, and then 100% methanol. In some cases, in addition to Dean-Stark 

extraction, the cores can be cleaned by the aggressive cleaning procedure described by 

Hirasaki et al (1990): 

1) Flood the core with tetrahydrofuran (THF) for 2 days, and allow it to soak 

overnight. This step completes when the effluent turns colorless;  

2) Flood the core with chloroform for another 2 days; 

3) Inject methanol into the core for 1 day to displace the chloroform; 

4) Flood the core with water and dry in 100
o
C oven to constant weight. 

Petrophysical properties of the cores were then determined before vacuum 

saturation of formation brines in Hassler type coreholder. Crude oil was injected through 

the brine-saturated cores until water residual saturation was achieved. At least 3 pore 

volume of oil were injected at high rate in both directions to minimize capillary end 

effects. These oil-saturated cores were then aged in the crude oil at an elevated 

temperature for about one month, to render oil-wetness. The cores were then ready for 

further testing. Note that multiple cores with similar properties are aligned in series to 

perform a long core experiments in real practice.  

3.2.4 Determination of Petrophysical Properties 

3.2.4.1 Porosity 

Porosity is determined by gas expansion method adapted from Boyle’s law 

porosimeter. This method is non-destructive, and has reasonably accuracy. Gas porosity 

will be compared with mass balance method when the core sample is vacuum saturated 

with 100% brine. The two methods usually give out very close results; the discrepancy is 
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less than 3%. The deviation of these two methods is a result of 1) the difference of 

accessible volumes by gas and water; 2) the assumption of ideal gas in the determination 

of gas porosimetry. 

3.2.4.2 Permeability 

Absolute permeability is determined by flowing single phase fluid (gas or liquid) 

through the core. The Darcy’s equation is applied: 
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where k is permeability (Darcy), q is flow rate (cm
3
/s), μ is viscosity (cp), L (cm) and A 

(cm
2
) are the length of cross-section area of core sample, Δp is pressure drop (atm) across 

the core, pin is inlet pressure and pout is outlet pressure in gas method, and qsc is the gas 

volumetric flow rate at a reference pressure psc. 

The relative permeability curve was measured using the unsteady state flow 

method and estimated using the JBN analysis.  

3.2.5 Spontaneous Imbibition (Static Tests) 

The spontaneous imbibition is a direct measurement of the performance of 

wettability alteration surfactants. The tests were performed in imbibition cells as shown 

in Figure 3-7. The imbibition cells, constructed at the University of Texas, work well at 

high temperatures up to 120
o
C with the associated pressure buildup. Each aged core was 

placed on the core stand inside the imbibition cell. The imbibition cell was refilled with 

the formation brine or a surfactant solution to a desired height. The recovered oil, 

accumulated on the top part of imbibition cell, was monitored and recorded versus time. 
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3.2.6 Coreflood 

Core flood experiments were performed to investigate: 1) the performance of 

EOR surfactants; and also 2) the dynamic mineral dissolution in single phase or 

multiphase flow. Below is the description of the dynamic mineral dissolution experiment. 

Silurian cores (clean and dry) were wrapped with a Teflon heat shrink tube and then 

inserted into a 1.5-inch diameter core holder with a confining pressure of 800 psi. 

Initially, the cores were fully saturated with the formation brine. To conduct a dissolution 

test in single phase condition, different brine solutions were injected into the water-

saturated Silurian dolomites sequentially. The injection rates were varied to study the 

effect of residence time on the dissolution of the dolomite. For each step, adequate pore 

volumes of injection fluids were pumped through the core to completely displace out the 

previous injection fluids. Concentrations of calcium and magnesium ions in effluent 

samples were quantified using an ion chromatograph (Dionex ICS-3000). 

To perform dynamic dissolution tests in the multi-phase flow, filtered oil was 

flooded from the top of the vertical standup core at a frontal velocity of 6 ft/d until no 

brine was produced, reaching residual water saturation. The water flood was performed 

by injecting SASW at 1 ft/d and stopped when oil production was very little. Then the 

injection fluid was switched to the brine containing of chelating agents. Effluent from the 

core was collected by a fraction collector and sampled in glass test tubes to analyze the 

oil content, and the ion concentration. 

In a surfactant flood experiment, a differential pressure transducer was used to 

measure the pressure drop across the entire core. Effluent from the core was collected by 

fraction collector and sampled in glass test tubes to analyze the oil content, surfactant 

concentration, and salinity. 
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3.3 CORE CHARACERIZATION 

3.3.1 X-ray CT Scan 

A modified medical CT scanner was used to scan the core samples inside an 

aluminum core holder, at 130kV while moving vertically. Each image contains 512×512 

X-ray attenuation values representing the mass density of the material inside a voxel of 

0.12mm ×0.12 mm × 5.0mm (Fig. 3-8). 

The dry and brine-saturated samples were CT scanned in the z-direction. The 

porosity values of each voxels were calculated by linear interpolation between wet and 

dry scan values, assigning the value of CT_H2O and CT_air to be 1000 and 0 

Hounsfield unit (HU). 
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w g w gCT CT CT CT

CT H O CT air


 
 


……………………………………………… (3-3) 

where CTw, CTg are calibration CT scans pre-determined in dry core and 100% fully 

brine-saturated core; 

For a single phase tracer test (e.g. 8% NaI brine solution displaced H2O), the 

concentration of NaI solution was simply computed by linear interpolation between CTw 

and CTNaI, given by: 
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where NaICT  is calibration scan predetermined in the core fully saturated with 8% NaI; 

while CTd is the X-ray attenuation values for each displacement time-point. NaIC is the 

normalized NaI concentration. To simplify the measurement and keep reasonable 

accuracy, the normalized NaI concentration can be found by: 
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where the bulk solution CT values: 2_ 0;  _ 1000;  _ 1800CT air CT H O CT NaI   . 
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For two phase tracer experiments, iododecane displaced decane in the core, while 

water was at residual saturation. The concentration of iododecane could be computed by 

the following equation:   

(1 )[(1 ) ]d wr w wr iodo d ecane iodo iodoCT S CT S C CT C CT        ……………………… (3-6)  

--- Swr is residual water saturation.  

--- CTd is the X-ray attenuation values for each displacement time-point 

--- CTw, CTdecane and CTiodo are the calibration scans, which are measured when core is 

fully saturated with water, decane and iododecane respectively.  

However, performing all the calibration scans in one core sample is quite difficult 

and time consuming. In order to simplify the measurement and also keep the accuracy, 

the concentration values in each displacement can be resolved by 
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CT values of each bulk solution were measured in CT scanner and listed as follows:  

2_ 0;  _ 1000; _ _ 5100.CT air CT H O CT iodo CT decane     

3.3.2 NMR T2 Measurements 

NMR measurements were performed using an Oxford Instruments GeoSpec2 2.2 

MHz benchtop system at room temperature (25°C) and atmospheric pressure. Core 

samples were trimmed to roughly cylindrical shape < 38 mm in diameter and 30~100 mm 

in length. They were fully saturated with formation brine, coated with a plastic heat 

shrink tubing to seal off the side walls of the sample. T2 measurements were made using a 

CPMG pulse sequence with an echo spacing of 114 s  and 4717 echoes per scan. For 

both measurements, data from 16 scans were stacked, yielding a signal to noise ratio > 
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100. The stacked data were decomposed to T1 and T2 distributions with an inverse 

Laplace transform.  

NMR T2 measurement was conducted using Carr-Purcell-Meiboom-Gill (CPMG) 

magnetic pulse sequence. The CPMG sequence begins by aligning the spin axes of 1H 

nuclei in a porous medium with a static magnetic field. T1 and T2 are affected by bulk 

processes within the pore fluid and surface processes at the pore walls. T2 is additionally 

affected by self-diffusion since individual hydrogen atoms may move by diffusion 

between magnetic field pulses. In water-saturated porous media, the relaxation time due 

to bulk fluid processes is much longer (order of seconds) than the relaxation time due to 

surface processes (order of milliseconds), and the CPMG sequence may be designed such 

that the relaxation time due to diffusion is very long (order of hours).  

NMR T2 response provides the pore-body-size distribution of brine-saturated 

samples. Assuming the fast diffusion regime and cylindrical pore shapes, the T2 response 

is related to the pore body size by:  

2 2

1 1

B

S

T T V
  ……………………………………………………………………… (3-8) 

4

b

S
V d
 …………………………………………………………………………….. (3-9) 

Where T2B is the brine bulk T2, determined to be 2,500 ms. S/V is the surface to 

volume ratio;  is the transverse pore surface relaxivity, and bd  is the pore body 

diameter. The calculation of pore body diameter db was performed after calibrating the 

measured T2 values considering the contribution of bulk water relaxativity. The Eq. 3-9 

assumes that cylindrical pores of radius r have V/S = d/4. 

NMR was also used to quantify phase saturations in cylindrical core samples in 

this study. NMR T2 spectrums of bulk of oil and water show the superimposed peaks. 

Previous work shows that paramagnetic ions in water solution can accelerate the 
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relaxation of the H
1
 nuclei in the water with no effect on the H

1 
relaxation in the oil. For 

example, MnCl2 greatly lowers the corresponding T2 values to less than 4 milliseconds, 

which cause the separation of water and oil in NMR T2 spectrums. Then water and oil 

saturations at each time points during the imbibition can be quantified.  

3.3.3 Pore Structure: MICP and Thin-Sectioning 

The core samples were trimmed to be 1” diameter ×1” length. They were cleaned, 

dried and evacuated to 50 μm Hg vacuum. The MICP tests were performed on a 

Micromeritics Autopore WIN9400 Series mercury porosimeter with a maximum pressure 

of 412.5 MPa (60,000 psia). The minimum pore access diameter reached under the 

maximum pressure was about 3.2 nm assuming a contact angle of 140° and a mercury 

surface tension of 0.485 N/m (Ramachandran and Beaudoin, 1999).  

Assuming the capillary bundle model, the pore throat size can be related to 

capillary pressure injection by Washburn equation: 
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 ………………………………………………………………..…..… (3-10) 

where Pc is the capillary pressure, σ is the surface tension (0.485 N/m), θ is the contact 

angle between mercury, air and rock surface, rt is the pore-throat radius. The model 

neglects the issue of pore accessibility (Hidajat, et al, 2004).  

The thin-section was viewed by an optical microscope. The picture was captured 

by using a CCD camera and the video output signal was sent to a computer by using a 

frame grabber PCI card. The picture was then segmented into pore space and solid by 

using Crabtree’s algorithm. Several contiguous images were taken for the same sample 

and then they were composed together to form a larger image of about 1-2 cm coverage. 

The resolution of each pixel was 10µm.  
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Table 3-1: Composition of Brines (g/L) 

Components 
Synthetic 

Seawater (SASW) 

Synthetic Softened 

Seawater (SSASW) 

Formation 

Brine (FB) 

NaCl 27.04 35.00 106.03 

Na2SO4 4.807 4.807 0.74 

MgCl2.6H2O 11.228  1.23 

CaCl2 1.332  10.767 

Total Salinity 38,433 ppm 39,807 ppm 118,113 ppm 

 

 

Table 3-2: Surfactants and Their Trade Names Used in the Experimental Work 

 Producer Trade Name Description Activity 

Cationic 

Surfactants 
Stepan BTC

®
8358 

n-Alkyl Dimethyl Benzyl 

Ammonium Chloride 
80% 

Anionic 

Surfactants 

Shell 

Westhollow 

Enordet 0242 Internal Olefin Sulfonate C20-24 23% 

Enordet 0342 Internal Olefin Sulfonate C19-23  

Enordet A092  Branched C16, 17-9EO sulfonate 27% 

Stepan Petrostep S2 C15-18 Internal Olefin Sulfonate 22.4%  

UT Austin 

C28-25PO-25EO Guerbet Alkoxy Carboxylate  

C28-45PO-60EO Guerbet Alkoxy Carboxylate  

C28-25PO-56EO Guerbet Alkoxy Carboxylate  

Isofo C32-7BO-

7PO-55EO sulfate  
Guerbet Alkoxy Sulfate  

Isofol C20-7PO-

10EO sulfate 
Guerbet Alkoxy Sulfate  

Non-ionic 

Surfactants 
Alko Nobel Ethomeen

®
 T/25 

Tallow amine ethoxylate with 

15EO 
100%  

Amphoteric 

Surfactants 
Rhodia Co. 

Mackam® LB-35  

Lauryl-Betaine, R-

N
+
(CH3)2CH2COO

-
,    

(R=CnH2n+1, n=12) 

33-36% 

MIRATAINE® 

BET C-30 

Cocamidopropyl Betaine 

R-CONH(CH2)3-

N
+
(CH3)2CH2COO

-
,  

(R=CnH2n+1, n=12-14) 

29-32% 
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Figure 3-1: Molecular structure of BTC®8358 (Stepan). 

 

 

 

 

 

Figure 3-2: Molecular structure of branched C16, 17 alcohol alkoxyl sulfonate (9EO), 

which is the active ingredient in Enordet® A092 (Shell Westhollow). 
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Figure 3-3: The molecular structure of alkoxy carboxylate surfactant (Patent: EP 

2609170A1), in which M
+
 is Na

+
, K

+
, NH4 

+
, Ca

+2
, Mg

+2
 or Ba

+2
. 

 

 

 

 

 

Figure 3-4: The molecule structure of Ethomeen
®

 T/25. R is alkyl substituent-tallow 

alkyl, ethylene oxide added molar number x + y is 15. 
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Figure 3-5: The vuggy carbonate reservoir rocks. A) Well cleaned 1.5” diameter core 

plugs; B) Top view of 4” diameter whole core (not cleaned); C) Side view 

of 4” diameter whole core. 

 

 

Figure 3-6: Automated Contact Angle Goniometer (Rame-Hart Model 500). 
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Figure 3-7: Experimental setup for spontaneous imbibition (static) tests in the high 

temperature oven. 

 

Figure 3-8: The Illustration of CT Scanning Technology in Core Characterization 

(modified from Izgec, 2009) 
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Figure 3-9: Oxford Instruments GeoSpec2 2.2 MHz benchtop NMR system. 
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Chapter 4: Characterization of Vuggy Carbonate Rocks 

Accurate characterization of pore structure is essential for design and 

implementation of enhanced oil recovery processes. A multi-scale approach is presented 

in this chapter to enhance our ability to characterize vuggy carbonates, which would help 

to interpret the single phase and multiple phase flow behaviors and oil recovery 

mechanisms. The full understanding of sub-scale heterogeneity such as vug connectivity 

and pore aspect ratio in a vuggy carbonate is critical to the success of EOR design and 

deployment in carbonates.   

4.1 GENERAL DESCRIPTION OF RESERVOIR 

4.1.1 General Petrophysical properties 

The reservoir of interest comprises of approximately 1,000 ft of highly productive 

dolomitized limestone breccia. Geologically, the reservoir was formed from carbonate 

rocks of Upper Cretaceous age, which were brecciated and fractured. Breccia is a rock 

composed of broken fragments of minerals or rock cemented together by a fine-

grained matrix, which can be either similar to or different from the composition of the 

fragments. The secondary vuggy porosity is common, and the total porosity ranges from 

8 to 12%. The effective permeability is 3~5 Darcy (Murillo-Muneton et al., 2002). 

Two types of vuggy carbonate rocks are presented in Figure 4-1. Silurian 

dolomite, an outcrop rock commonly used in the laboratory research, is a vuggy 

carbonate rock where vugs are small and dense. Two field dolomites are also presented, 

which contain huge vugular pores and the scale can be varying from few grain sizes up to 

a few centimeters. Vuggy porosity can be seen from surface photos and accounts for a 

large portion of total pore volume.   
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The permeabilities of field dolomite cores selected for laboratory studies were 

determined to be in the range of 1md~200 md, most frequently around 5~10 md. The 

discrepancy of permeability in the core scale and field scale artificially came from the 

criteria of core selections. The presence of naturally well-connected fractures in the core 

makes core manipulation and core saturation process difficult. For simplicity, the core 

plugs prepared for imbibition did not contain any observable fractures. As a result, the 

single phase and two-phase flow in the core-level studies are mainly controlled by vuggy 

pore structure. Micro-fractures might have existed inside the core, which are considered 

as preferential flow paths for connecting vugs. 

The Silurian dolomites are commonly used outcrop rocks, to represent a type of 

carbonates with dual porosity. Typically, Silurian dolomite cores have 15-25% total 

porosity and 100~300 md permeability. The small-scale heterogeneity impacts flow 

behaviors in Silurian dolomites and field dolomites.  

4.1.2 Thin section images 

The thin section images provide the direct evidences of vuggy pore structure. 

Large vugs are found in all of three core samples (Figure 4-2). The vuggy porosity 

accounts for a very high portion of total porosity. In this 2-D view, some vugs are inter-

connected to the extent of over 1 cm, while other vugs are separated. Micro-fractures can 

also be found in samples 10B1 and 10B3. 

A breccia composed of broken fragments of minerals or rock cemented together 

by a fine-grained matrix, which are represented in thin section images as abundance of 

color contrasts. The matrix may grow very tight, leaving almost no inter-crystalline 

porosity in some fragments of rocks. It leads to an apparently small total porosity. The 

average permeability of rock samples is low, in the range of few millidarcies, indicating 
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the tight matrix controls the permeability, and the vugular pores and micro-fractures are 

interconnected only through the intercrystalline porosity. 

4.2 SPATIAL DISTRIBUTION OF POROSITY 

The complexity of the pore structure encountered in vuggy carbonates made it 

difficult to interpret the tracer flow and transport behaviors. Not only the existence of 

dual porosity, but also the spatial distribution of porosity is critical to single and multiple 

phase flow in vuggy carbonates. 

4.2.1 Mercury Porosimetry 

Assuming a capillary bundle model, the pore-throat size can be related capillary 

pressure, which is expressed by:  

4 cos
t

c

d
P

 
  ……………………………………………………………………….. (4-1) 

where cP  is the capillary pressure, dt is the pore throat diameter, σ = 480 dynes/cm and 

contact angle θ is assumed to be 140
o
. Figure 4-3 shows mercury injection capillary 

pressure curves for three types of dolomites: Field dolomites, Silurian dolomites, and 

Guelph dolomites. There were two core samples measured for each type. Guelph 

dolomites, representing non-vuggy dolomites samples, generally have 10 md brine 

permeability and around 17% porosity. 

For any wetting phase saturation, Silurian dolomites have the lower capillary 

pressure than Guelph dolomites. Silurian dolomites also have a higher permeability than 

Guelph dolomites. The capillary pressure curves for Silurian dolomites are similar to 

those of mono-modal pore-throat-size distribution. Figure 4-4 shows Silurian dolomite 

has a broad pore-throat-size distribution that also can be interpreted as a bimodal size 
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distribution. The pore throats for vugs in Silurian dolomite sample are large, in the range 

of 10 to 100 μm. 

 The capillary pressure curve for core sample Field-2 implies the existence of 

large volumes of vugs or pores with extremely large throats, which are connected to the 

surface. It accord with the low entry capillary pressure at low non-wetting phase 

saturation, observed in capillary pressure curve. Then the curves steeply increase to a 

high capillary pressure region, which corresponds to small pore throat size in the tight 

matrix. The capillary pressure curve for sample Field-1 is similar to that of sample Field-

2, except there is one more peak of pore throat size around 1 micron. As a result, there 

are three distinct modes in the pore-throat size distribution in Field-1 sample, in the order 

of 0.01μm, 1 μm and 100 μm respectively (Figure 4-4). Both Field-1 and Field-2 samples 

have very low permeability. Hence, the vugs in these two samples do not contribute to 

the flow conductance. 

4.2.2 NMR T2 Measurements 

A CMPG sequence was used to obtain echo trains of up to 5000 echoes with even 

time spacing, TE, of 1ms and in the absence of a magnetic field gradient. Measurements 

were repeated and stacked to ensure signal to noise ratios greater than 100. All core 

samples were saturated with 100% brine. 

NMR T2 response provides the pore-body-size distribution of brine-saturated 

samples. NMR T2 measurements can clearly distinguish the vugs and the matrix because 

of a large contrast of pore size. Assuming the fast diffusion regime and cylindrical pore 

shapes, the T2 response is related to the pore body size by  
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where T2B is the brine bulk relaxation time, determined to be 2,500 ms. S/V is the surface 

to volume ratio;  is the pore surface relaxivity, and bd is the pore body diameter. The 

calculation of pore body diameter db was performed after calibrating the measured T2 

values considering the contribution of bulk water relaxativity.  

Figure 4-5 and 4-6 show the T2 ditribution for saturated samples by NMR. Field 

dolomite core samples consistently exhibit a multimodal T2 response, including the bulk 

brine response. Since vugs of typical 1mm size will have relaxation time strongly 

affected by bulk water, it means that field dolomites have large vugs. Silurian dolomite 

core exhibits the similar T2 distribution to that of field dolomites, but shift towards 

smaller T2 values, indicating the pore body sizes in Silurian dolomite are smaller than 

field dolomites in general. Silurian dolomite also contains many vugs, where T2 

relaxation behaves like bulk water. However, Guelph dolomite does not have an 

appreciable amount of vugs or large size pores, thus leading to little signal at bulk water 

T2 response.  

Notice that the peak for the vuggy pore space is in agreement with T2 bulk brine 

signal for all samples. The bulk signal is associated with vuggy porosity and the threshold 

T2 separating matrix and vuggy porosity is set to 0.25 seconds for these four field 

dolomites. By calculating the cumulative area under the curves, the vuggy porosity was 

found to be 83% for Field-2. The T2 distributions are similar for the other three cores, so 

83% vuggy porosity should be quite consistent, although field dolomite is quite 

heterogeneous in nature. In comparison, Vik et al. (2007) reported that three carbonate 

cores have an average 65% vuggy porosity, and Moctezuma-Berthier et al. (2000) found 

one vuggy core sample of 60% vuggy porosity.  



 80 

The effective surface relaxivity ρe is estimated by matching cumulative 

distribution of pore throat diameter dt computed from mercury injection capillary 

pressure (MICP) and pore-body diameter db computed from NMR T2. This method does 

not account for the pore-body-to throat ratio, also called aspect ratio. The average surface 

relaxivities are estimated in Table 4-1. All of three effective surface relaxivity values are 

larger than typical values reported for dolomite samples (1~5 μm/s). Also, it is observed 

in Figure 4-7 that in higher permeability dolomite samples (i.e. Silurian dolomite), the 

body and the throat are better correlated than in lower-permeability samples (Guelph 

dolomite and Field dolomite).  

For field dolomites, the peaks in pore throat size distribution (derived from 

mercury injection) and pore body size distribution (from NMR spectrum) are well 

separated. It indicates that at least three scales of pores coexist in the rock. Also in some 

sense, it implies that pore structures at different scales are imbedded into each other, 

leading to poor mixing between each flow streams. The implications from these 

experiments can be further tested in the miscible displacement tests. 

4.2.3 Porosity Mapping from CT Scanner 

X-ray CT (medical) scanner is a unique instrument in the core characterization 

since it can capture in-situ real-time phase saturation or tracer concentration. The CT data 

can be further used to generate three-dimensional porosity map and perform geostatistic 

modeling.  

CT scans were taken along the core while moving upward by a vertical 

positioning system. The slice thickness and separation distance (i.e. index) between slices 

were 5 mm. Each scanned slice was reconstructed with 512 ×512 pixels, each of which is 

a square with sides of 0.23 mm by 0.23 mm. Differential CT numbers from dry and wet 

scan (fully brine saturated condition) are used to generate the porosity in each voxel by: 
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where subscripts ij indicates the voxel location for each k slice, CTbulk is CT numbers for 

bulk water (~ 0) and air (~-1000). The porosity map is described by a matrix of size 

157×157×16 for field dolomite core and 301×301×60 for Silurian dolomite core. 

 Figure 4-8 compares the 2D porosity images from thin sectioning and CT-scan. 

Both thin section image and CT image contain three distinct regions: primary porosity, 

secondary porosity and also zero porosity (possibly large-size grain). As shown in Figure 

4-8B, the yellow to red colored regions in the sample correspond to vugs, the light blue 

region represent tight matrix, whereas grey regions correspond to zero or negligible 

porosity domain and outside region of core.  

The heterogeneity of the core sample can be seen in Figure 4-9 where porosity 

variation and CT image for each slice from inlet to outlet face are given. The presence of 

large vugs reduces the average CT values, leading to high porosity of that slice. The 

average porosity derived from CT scan is computed to be 7.7%, which is pretty close to 

8.1% porosity measured by gas porosimetry. It is observed that almost every slice out of 

16 slices in total carries vugs, which vary in location and size along the core.  

The porosity distribution in Silurian dolomite is found to be very different from 

field dolomite, based on CT scan images. The slice-averaged porosity in Silurian 

dolomite varies by a few percent, and the core appears slightly heterogeneous, as shown 

in Fig. 4-10A. The representative images of porosity distribution for xy plane and flow 

direction (z direction) are shown in Figure 4-10B. The dimension of vuggy pores seems 

to be very small, and vugs evenly distribute along the core and in xy plane.  

Because matrix porosity is below the voxel resolution, matrix pores cannot be 

seen directly and it is difficult to interpret the images. As mentioned, the voxel dimension 
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for Silurian dolomite is 0.244mm×0.244mm×5mm. Compared with the field dolomite, 

the size of vugular pores in Silurian dolomite is generally small, in the order of 0.1~5 

mm. Hence, the CT scans underestimate the vug porosity for Silurian dolomite samples.    

4.2.4 Vuggy Porosity Mapping 

The touching vug channels introduce permeability contrasts and are the main 

contributors to heterogeneity in the vuggy carbonates. It is the length and spatial 

distribution of the touching-vugs channels rather than the porosity distribution that affects 

the degree of permeability variations. The mixing process at the millimeter scale has a 

pronounced effect on flow and transport behavior of solutes.  

Using CT data, 3D porosity distribution was constructed. Vugs are interconnected 

mainly through interparticle porosity. To better represent the vug connectivity, the matrix 

porosity was identified simply by thresholding the 3D CT image and then removed. 

Figure 4-11B shows the vug porosity distribution in one field dolomite core. The blue 

patches are porosity regions above the threshold value 0.4, being considered as vugs. The 

number of vugs is very few, but the size of each vug is quite large. Some vugs are 

interconnected, mainly in the left side; while more vugs are isolated. Silurian dolomite, as 

a comparison, shows a lot of small vugs distributed along the core. The vug connectivity 

is better in Silurian dolomite than that of the field dolomite (Figure 4-11).  

No touching vug network was found from inlet face to outlet face in these two 

dolomite samples. Therefore, the single phase permeability depends mainly on the matrix 

permeability. Silurian dolomite has higher apparent permeability than field dolomite, 

indicating that the matrix of Silurian dolomite is more porous. The Silurian dolomite is a 

high permeability rock consisting of vugs embedded in a porous matrix rock. The field 

dolomite is a low permeability rock consisting of fewer vugs embedded in dense matrix.  
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The threshold dividing matrix and vuggy porosity is set to 0.4, a cut-off value in 

observance of maximum porosity obtained from bead packs. Unfortunately, the 

resolution of medical CT scanner introduces some artifacts in the porosity calculation. 

The presence of vugs at scales below voxel resolution leads to smearing of the vug 

boundaries, making it difficult to differentiate the vugs from the matrix without any prior 

information (Vik, et al, 2007). In this sense, CT scan generally underestimates the vuggy 

porosity.   

Image segmentation method also brings in the error in the data analysis. Image 

segmentation is treating the material as a two segment material consisting of vugs and 

matrix, each voxel must be classified as either a vug or matrix. The vug porosity derived 

from this method, using porosity threshold 0.4, yields vug porosity of 15% for both 

dolomite samples, which is unreasonable low fraction of the vugs. The vug porosity was 

determined in T2 NMR measurement, indicating that 85% of the total porosity could be 

attributed to vugs in the field dolomite. One strategy to resolve this large discrepancy is 

to redefine a new CT threshold which gives the desired matrix-vug ratio, which can be 

obtained from NMR T2 analysis shown in previous section (Vik et al., 2007).  

4.3 GEOSTATISTICAL ANALYSIS 

4.3.1 Porosity distribution 

For field dolomite samples, the porosity histogram presents a positively skewed 

distribution, i.e. long tailing towards right (Figure 4-12A). Statistically, it means the 

mean porosity value is larger than the median. The log-normal of porosity for the field 

dolomite shows a normal distribution (data not shown), which is very common for a dual 

porosity carbonate reservoir. The porosity distribution in Silurian dolomite turns out to be 
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a nearly normal distribution (Figure 4-13), which may be due to the smearing of the vugs 

in CT scans.  

It should be noted that neither porosity histograms show a nonzero frequency for 

100% porosity, which a vuggy porosity should be. The maximum porosity is 0.981 in the 

field dolomite and 0.855 in Silurian dolomite. It indicates that none of the vugs are fully 

resolved in these conventional CT scans.    

Conventional CT scan voxels are severely distorted in flow direction and do not 

allow a precise measurement of the pore structure. The resolution in the flow direction 

was set at 5 mm, which brings in the partial volume artifact. Micro computed tomography 

(μCT) measurement can resolve this problem.  

4.3.2 Semivariogram Analysis  

The spatial structure and anisotropy of porous media is characterized by the 

semivariogram analysis. The Stanford Geostatistical Modeling Software (SGeMS) is an 

open-source software used to perform semivariogram analysis. 

Assuming the representative elementary volume concept and stationarity of 

porosity, experimental semivariograms and model fitting were performed in all three 

directions (Figure 4-13). All the semivariograms in this study are best-fit with 

exponential models such as:  
3

( ) (1 exp )

h

ah c


  ………………………………………………………………… (4-5) 

where c is the sill, a is the range and h is the lag distance. In this exponential model, the 

range a  is defined as the distance where the variogram value is 95% of the sill. The 

directional semivariograms shown below are simply the best-fit models for each data.  

Field dolomite (units of length are in millimeter): 

XY plane:     
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Silurian dolomite: 

XY Plane: 
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Z direction:   
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In semivariogram model, the sill represents the variance of the random field when 

the lag distance is over the range. As seen from Fig. 4-13, the sill of the field dolomite is 

about twice as large as that of the Silurian dolomite, indicating the porosity variance is 

bigger in the field dolomite sample. In the field dolomite, the ranges of semivariogram in 

x, y, and z direction are the same ax=ay=az=9.16mm. It implies the porosity is isotropic, 

but definitely not homogeneous. The range of less than 1cm indicates that the porosity 

distribution is not correlated above the scale of 1 cm. As to Silurian dolomite sample, a 

two-component nested model was used to fit the porosity experimental semivariogram, 

both in xy plane (Eq. 4-8) and z direction (Eq. 4-9). The nested model implies that two 

scale of spatial structure exist in the Silurian dolomite. In XY plane, the range of 3.8 mm 

second spatial component suggests the correlation length in matrix porosity is very small. 

However, the range of 3.45 cm in the first component in Eq. 4-8 implies there is a 

repeated pattern consisted of matrix and vuggy porosity existed within the Silurian 

dolomite core. By comparing the semivariograms of these two types of dolomites, we 
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found that the distribution of porosity in the field dolomite has more spatial randomness, 

and the porosity in Silurian dolomite shows a repeated pattern.        

None of the semivariogram in XY plan was modeled with a nugget, indicating the 

spatial variability in the cores can be fully resolved in the semivariogram at these 

resolutions. Because of the low resolution in z direction, the porosity data in the small lag 

distance was not obtained. The semivariograms in z direction (i.e. flow direction) can be 

better modeled if the nugget effect is introduced.  

4.3.3 Summary of Pore Structure 

All the core analysis experiments and geostatistics modeling employed in the core 

characterization have shown: 

1) In the field dolomites  

 From CT porosity mapping, MICP, and thin section, both touching vugs and 

separate vugs exist; the size of vugs is large.  

 From MICP, the interparticle pore throat is small and then the matrix is very 

tight. For separate vugs connecting to tight matrix, the aspect ratio of pore 

body to throat is large. 

 MICP and NMR T2 measurements show the multimodal behaviors in the 

pore-throat and pore-body distributions. NMR T2 consistently exhibits a peak 

associated with bulk brine response. 

 The semivariogram modeling indicates that the porosity distribution shows 

strong spatial randomness with a range of ~1cm in the field dolomite 

2) For Silurian dolomite: 

 CT and MICP data indicates touching vug netwok existing in the core sample, 

although it’s not interconnecting from inlet to outlet. Also matrix is porous. 
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 CT porosity mapping indicates that vugs are dense, but in small sizes. 

 Semivariogram modeling indicates two scales of heterogeneity in the porosity 

distribution exist in the Silurian dolomite. In larger scale, the porosity 

distribution appears in a repeated pattern spatially, with a range of ~3.5 cm, 

which implies the vugs are correlated spatially, or well aligned.   

From the observations and analysis above, simple drawings representing vug 

distributions for both dolomites are shown as Figure 4-14. The proposed pore structure 

should be verified and also used to predict the flow behavior in the single phase and 

multiple phase flow experiments. 

4.4 MISCIBLE DISPLACEMENT EXPERIMENTS 

Dispersion due to the pore structure can be measured by miscible displacements 

experiments and yields dynamic information about the degree of heterogeneity of the 

system.  

4.4.1 Investigation of Tracer Flow under CT Scanner 

We conducted a single-phase tracer test in the field dolomite 22A1-1. The 

petrophysical properties of this core sample can be found in next chapter Table 6-8. The 

experiment procedures are presented as: 

1) CT Scan of dry core; Vacuum saturate with DI water; CT scan wet core.  

2) Displace the water with 8% NaI at flow rate 0.08ml/min (1PV=100 mins) at least 10 PV. 

Collect small effluent samples; find conductivity; CT scan periodically during the flood. 

3) Clean NaI solution completely by flusing 20 PV DI water. 

4) Dry the core; CT scan of dry core;  

5) Vacuum saturate with 8% NaI solution; CT scan of wet core; 

6) Displace with DI water at 0.02ml/min (1PV=400 mins). Collect effluent samples and 
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CT scan periodically during flood. 

From CT scan data, we’ve obtained 3D porosity distribution for the core samples. 

The real time in-situ tracer concentration profile can also be determined from CT data. 

Since the vug connectivity controls the tracer flow behavior, we investigated the flow and 

transport of tracer through the vugs and rock matrix. Figure 4-15, 4-16 and 4-17 presents 

the results from the tracer tests. 

Ideally, the miscible displacement with unit mobility ratio, nearly equal density, 

should be piston like with certain degree of dispersion. However, it was observed that the 

initial fluid deionized H2O (DI H2O) in some vugs is very difficult to be displaced, shown 

as the case in vug 1 in Figure 4-15. The vug 1 is located near inlet face, originally filled 

with DI water. After being displaced by NaI solution for 2.32 PV, the vug was not 

completely filled with NaI, as indicated by the blue color still reduced till 5.80PV or 

more. As a comparison, the vug 2 located close to the outlet face was displaced very 

efficiently. After 1.16PV flood, the inital fluid DI H2O has been completely cleaned out.  

Figure 4-16 plots the average in-situ displacing fluid (i.e. NaI) concentration data 

from the miscible flood as a function of pore volumes of injected NaI solution. It reveals 

that this field dolomite sample contains a preferential flow path because the displacing 

fluid has broken through in 0.20PV and also the diffusive flood front. The broad pore size 

distribution and presence of touching vug systems can explain this early breakthrough 

and diffusive flow behavior. In the end of flood, with injection of 10.4 PV displacing 

fluid, the slice-averaged saturations of displacing fluid are not close to unity in some 

slices. The initial fluid in some pores is not recoverable, or the residence time of initial 

fluid is extremely large. 

 Recovery factor (a.k.a. recovery efficiency) is defined as the fraction of initial 

fluid displaced by displacing tracer fluid.  
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where Dt  is dimensionless injection time, DC  is normalized trace concentration in the 

effluent. When all the initial fluid in place is displaced by displacing tracer fluid, the 

recovery efficiency approaches unity. The recovery factor can be plotted as a function of 

pore volume throughput (Rohilla, et al, 2011).  

Figure 4-17 presents both tracer breakthrough concentration profile and recovery 

factor versus injection PV. Even though the effluent tracer concentration approaches 

unity after 3.5 PV injections, the recovery factor is only 79% for slow flow rate 

displacement (0.92 ft/day) and 70% for faster flow rate displacement (3.69 ft/day). 

Hence, the recovery factor of this miscible flood did not follow the piston like 

displacement curve. The large portion of initial fluid in place has not been recovered by 

injected trace fluid. Recovery factor is an excellent measurement of the fraction of dead 

end pores contacted by displacing tracer fluid.  

4.4.2 Rate Dependent Displacement in Carbonates 

Tracer flow (NaI displacing DI H2O) under CT scan has shown flow rate-

dependent tracer breakthrough profile. Higher recovery of initial fluid was achieved by 

slower rate of tracer injection (Figure 4-17). More tracer tests in the field dolomites and 

Silurian dolomites were conducted to investigate the sub-scale heterogeneity effect on 

tracer breakthrough profiles.  

The petrophysical properties of dolomite core samples are shown in Table 4-2. 

Only 0.2 pore volumes of tracer solution carrying 0.5% (w/w) N-propyl alcohol (NPA) 

was injected into the cores fully saturated with brine at two flow rates: 2 ft/day and 10 

ft/day, chased by a few more pore volumes of brine injection, until tracer concentration in 
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effluent dropped to 0.5% of original concentration. The Peclet numbers for both flow 

rates in two dolomites are less than 30.     

The tracer concentrations in the effluent samples were determined in Gas 

Chromatograph. Tracer breakthrough curves (BTCs) from tests at high and small flow 

rates overlay very well for Silurian dolomite, while the BTCs obtained from tracer tests at 

high and low rates in the field dolomite are separated (Figure 4-18). The tracer broke 

through the field core earlier in the case of higher injection rate.  

Coats and Smith (1964) discussed velocity-dependent tracer breakthrough 

profiles. The effluent profiles at very low and very high velocities should be nearly 

symmetrical; and the latter should be displaced to the left of the former on a plot of C/Co 

versus injection PV. The concentration profile corresponding to an intermediate velocity 

should exhibit asymmetry due to the spreading caused by non-instantaneous mass 

transfer. This non-equilibrium mass transfer now is called capacitance effect. The 

velocity-dependent tracer flow experiments in this study indicate that the mass transfer 

between flowing portion and stagnant volume is strongly velocity dependent, while mass 

transfer coefficient is not strongly velocity dependent in the case of Silurian dolomite.   

4.4.3 Modeling of Tracer Flow 

4.4.3.1 Capacitance model 

The impact of heterogeneities at various scales precludes the use of the classical 

convection-dispersion approach. Observation of abrupt tracer breakthrough accompanied 

by extensive tailing is often attributed to the storage interchange between flowing liquid 

in macropores and stagnant fluid in micropores or dead-end macropores (Deans, 1963; 

Coats and Smith, 1964; Baker, 1977).  
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Differential Capacitance model firstly proposed by Coats-Smith assumes: 1) The 

fluid flow is one dimensional; 2) The fluid is single phase flow; 3) The fluid and porous 

media are incompressible; 4) The fluid density is constant; and 5) The porosity is 

constant throughout the system. The model can be described by the following set of 

differential equations: 
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Where fd is the flowing fraction, C is the tracer concentration in the flowing part, 

C* is the tracer concentration in the stagnant part, Kl is the longitudinal dispersion 

coefficient, u is Darcy velocity, and M is the mass transfer coefficient. It should be noted 

we assume the mass transfer between stagnant and flowing streams is dominated by 

diffusion, not mixing, and mass transfer coefficient does not depend on velocity (Jasti et 

al. 1988). The analytical solution is given in an integral form by Brigham (1974). 

Capacitance model has been incorporated into the UTCHEM. Assuming 

dispersion coefficient (Kl) varies linearly with interstitial velocity (v), the experimental 

result is fitted by three parameters: fd, α, and M. The fitting parameters are listed in Table 

4-2. The model fit of BTCs for both dolomites are presented in Figure 4-19. The model 

fitting on BTCs of Silurian dolomite was achieved satisfactory result. However, Coats-

Smith Model does not capture the extremely long tail in BTCs of the field dolomite. The 

improved matching was investigated and presented in next section. 

4.4.3.2 Double Layer model 

Despite the wide utilization of the capacitance model, the physical validity of this 

model has not been resolved. The model provides poor representation of the extended tail 

phenomenon observed in moderately and highly heterogeneous porous media (Joy and 
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Kouwen, 1991; Bai, et al., 1995, Fourar et al., 2005). According to Fourar et al. (2005) 

large variations in local permeability cast doubt on the use of Coats and Smith’s model in 

heterogeneous reservoirs (such as carbonate reservoirs). The permeability variations 

cause the dispersion coefficient to depend on space location, and thus the average 

dispersion coefficient found in all standard approaches is no longer applicable. 

Capacitance model also assumes no convectional flow in in the matrix or the dead-end 

pores, which might be not true for some vuggy pore systems. 

Field dolomite samples are heterogeneous and vuggy in nature and some of the 

assumptions of Coats and Smith model (constant porosity and 1D flow) are not 

completely satisfied. The tracer experiment in the field dolomite implies the existence of 

preferential path and poor mass transfer between tight matrix and vugular pores. The 

tracer flow behaves like in a layered system or fracture-matrix system. In the double layer 

model, one layer was set to assign for the properties of matrix, the other was set for vug 

properties. This model allows the convectional flow in both layers without cross flow 

between layers, which differs from capacitance model. The global porosity of such 

double layer is calculated from the porosity in the matrix layer ( m ) and vug layer ( v ).  

(1 )m v m mf f     ………………………………………………………………... (4-13) 

Vug porosity v was set as 83% of total porosity in double layer model, representing the 

vug/matrix pore volume ratio obtained from NMR T2 measurement.  

The tracer experiment can be matched in UTCHEM by adjusting the permeability 

contrast kv/km in the flow direction (i.e. x direction) to be 30. To accommodate the 

pressure equilibrium between two layers, the flow rates for two layers are set in the same 

ratio, Qv/Qm=30. The values for other matching parameters can be found in Table 4-3. 

As shown in Figure 4-20, the quality of history matching of experiment was significantly 

improved. Especially, the double layer model fits the long tail quite well. The sensitivity 
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studies of key matching parameters, including the permeability contrast kv/km, and the 

porosity ratio of vug/matrix, have revealed that the tracer breakthrough curves are 

strongly affected by these two parameters. 

In summary, double layer model utilized the rock properties including vug/matrix 

porosity ratio, vug/matrix permeability contrast, and achieved reasonable matching. It 

captures the long tail of BTC and represents the poor mixing between the tight matrix and 

vugs. Compared with capacitance model, it provides more physical meanings in the 

history-matching of the tracer tests.  

4.4.4 Summary 

Miscible displacement tests performed under CT scanner provide a unique tool to 

characterize the vug connectivity, estimate the flowing fraction, mass transfer coefficient 

between stagnant and flowing streams in the vuggy carbonates, and predict the 

vug/matrix permeability contrast.  

Tracer test has indicated a large porosity variation and the existence of the 

preferential flow paths, which was created by the touching vug networks. However, the 

vugs are not interconnected from core inlet to outlet. The tracer test confirmed that a 

large fraction of initial fluid retained in the matrix or separate vugs even after 5 PV trace 

injection. The capacitance model cannot capture the extremely long tails of BTC curves 

in the field core, which implies the extremely sub-scale heterogeneity and more 

importantly poor mixing between flowing stream and stagnant volumes in the core. The 

long tail found in the BTC of slug tracer test can be fitted by a double layer model. The 

new model provides more petrophysical meanings in the interpretation of tracer test in 

the vuggy carbonate, such as vug/matrix porosity ratio, vug/matrix permeability contrast. 
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4.5 MULTIPLE PHASE FLOW 

4.5.1 Mercury Injection and Withdrawal Curves 

Estimation of withdrawal efficiency requires injection at increasing pressure 

increments followed by pressure release and withdrawal of non-wetting fluid. Injection 

curves are known as primary drainage curves and withdrawal curves are known as 

spontaneous imbibition curves. Mercury withdrawal efficiency related to hydrocarbon 

recovery factor in carbonate reservoirs; the same factors of pore geometry that 

contributes to increased mercury withdrawal efficiency also contribute to increased 

hydrocarbon recovery efficiency in carbonates (Vavra et al., 1992). 

For constant fluid properties, recovery efficiency depends primarily on (1) Pore 

body / pore throat ratio, a.k.a. aspect ratio; (2) Pore-to-pore accessibility; (3) 

Hetrerogeneity of pore distribution, and (4) Pore throat roughness. Large pore body 

connected by small pore throats are difficult to drain, as non-wetting fluid breaks apart in 

the narrow throats by snap off mechanism (Ahr W.M., 2011).  

Figure 4-21 compares the drainage and imbibition curves for three types of 

carbonates: Field dolomite, Silurian dolomite and Estaillades limestone. Estaillades 

limestone is an upper cretaceous bioclastic carbonate, which contains 99% calcite 

(CaCO3) and traces of dolomite and silica. It was well characterized for pore structure 

and found to have high hydrocarbon recovery efficiency in previous studies (Levitt, 

2013; Tanino, et al, 2012).  

There was technical difficult to reach zero capillary pressure to complete the 

withdrawal curves in Figure 4-21. Learned from the incomplete mercury withdrawal 

curve, Estaillades limestone achieved 40% recovery efficiency and tended to recover 

more non-wetting fluid if the pressure can be droppedto zero Pc. Similarly for Silurian 

dolomite sample, the imbibition recovery efficiency reached around 20% and tended to 
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recover more. However, the field dolomite recovered less than 20% non-wetting fluid and 

the recovery efficiency tended not to increase any more.   

 The field dolomite was found to contain huge vuggy porosity, while the pore 

body/throat aspect ratio is large. It has low recovery efficiency because snap-off will 

prevent the large pores from draining through the surrounding small pore throats. Silurian 

dolomite and Estaillades Limestone have higher recovery efficiency because of favorable 

pore structure. 

4.5.2 Relative Permeability vs Pore Size 

 The previous section was dedicated to investigating of the recovery factor in vuggy 

carbonate by imbibition. The question of how fast of the oil can be recovered from the 

carbonates is also very important for enhanced oil recovery. The characteristics of capillary 

pressure and relative permeability are two main controlling properties for the flow in 

carbonates. The capillary pressure curves in Figure 4-21 can be re-plotted to present the 

correlation between wetting phase saturation and pore size distribution, shown in Figure 4-

22. Capillarity is higher in the smaller diameter pores, based on the Laplace equation. When 

the capillary force drives wetting phase into the pores, it will first saturate the micropores in 

the carbonates. Mercury withdrawal test in the field dolomite core has shown that 

spontaneous imbibition recovered only 18% non-wetting fluid. Assume the wetting fluid only 

invade into micropores, the microporosity accounts only for about one fourth of total pore 

volumes if 30% residual non-wetting phase saturation was assumed in the micropores. The 

imbibition oil recovery for other carbonates (Silurian dolomite, Estaillades Limestone, and 

Indianna Limestone) can be related to the pore size distribution in Figure 4-22.  

 Since carbonates commonly appear to have primary and secondary porosities. The 

contrast between primary and secondary pore space characteristics has a major effect on both 
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the capillary pressure and the relative permeabilities (Bekri, et al., 2004). It was demonstrated 

that wetting phase relative permeability is, depending on its saturation, affected by both the 

vugs and the matrix characteristics, while the non-wetting phase is mainly controlled by the 

vuggy system. High permeability contrasts between vugs and matrix favor non-wetting phase 

mobility.  

Figure 4-23A presents water/oil relative permeabilities for water injection or 

imbibition for the matrix and the well-connected macropores when both are strongly water-

wet. In order to compare the characteristics of the micro- and macro- structure, the relative 

permeabilities of both structures are normalized to the mean absolute permeability of the 

core. As a result, the wetting phase (water) relative permeability in the micropores is very 

small, sometimes 2-3 orders of magnitude smaller the end-point relative permeability, as 

indicated in Figure 4-23A.  

In reality, the flow in matrix and vugs can’t be artificially divided. We should 

integrate the transport properties in the matrix and flow in the well-connected macropores 

network, the model named as dual-network model proposed in Berki, et al (2004). Figure 4-

23B presents the combined relative permeability curves in matrix and vug systems 

(macropores). The curvature of water relative permeability is controlled by both micropores 

and macropores structure, while oil relative permeability is controlled by the macropores 

system. The crossing point is located at high water saturation side. This is attributed to water 

wetness and bimodal pore structure.  

4.5.3 Counter-current Imbibition 

The spontaneous imbibition is key mechanism for recovering oil from a highly 

fractured reservoir. If the reservoir rock is strongly water wet, water imbibes into the rock 

and recovers the oil mainly through counter-current imbibition process.  
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In order to investigate the impact of wetting phase (water) relative permeability 

on the imbibition process in carbonates, spontaneous imbibition tests on five different 

types of cores were performed. Two vuggy dolomite samples (one Field and one Silurian) 

were the main targets in this study. Indiana limestone and Estaillades limestone are two 

non-vuggy carbonate samples, which represents the favorable pore structures including 

well interconnected pore, small aspect ratio of pore body/throat size. Berea sandstone 

core is another control as a rock with homogeneous pore structure.  

The 100% decane-saturated samples were immersed in the water or surfactant 

solution, and spontaneous imbibition recovery versus times was measured. Figure 4-24 

presents the spontaneous imbibition of five carbonates by brine and surfactant solution. 

The first part of each oil recovery curve corresponds to the water-imbibition process, 

which will be discussed in this section. The second part of each curve represents the 

surfactant enhanced imbibition, which will be discussed in the next section. The core 

properties and recovery factors for each imbibition process are listed in Table 4-6. 

It was observed that oil can be recovered from all of five carbonate cores by water 

to different recovery factors. The recovery factor of Estaillades limestone is the largest 

(0.525), then Silurian dolomite (0.40), Indiana limestone (0.34), and the field dolomite 

(0.193). Oil is produced faster in two limestone samples than two vuggy carbonates, 

while absolute permeabilities of core samples do not well correlate with imbibition rates.    

4.5.4 Scaling of Imbibitions 

The up-scaling of imbibition oil recovery was intensively studied in petroleum 

industry, because it facilitates the understanding the matrix-fracture transfer rate in highly 

fractured reservoirs. The scaling work presented below was greatly benefitted from the 

large amount of literature available on similar studies. 
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As shown in previous section, the imbibition rates are much slower in the vuggy 

carbonates than the control samples when water imbibes into the water-wet cores mainly 

by capillary forces. It’s intuition that the difference of imbibition rates comes from the 

facts of different core types and pore structures in these five core samples. Scaling laws, 

with lumped petrophysical parameters, can be used to investigate mechanistically the key 

factors attributed to the difference of imbibition rates.  

4.5.4.1 Ma et al. (1995) Scaling Law  

Several versions of the scaling rules for capillary imbibition were tested. Ma et al. 

(1995) modified the most commonly used Mattax and Kyte scaling law (1962) to include 

the effect of non-wetting phase viscosity. Their general scaling law for counter-current 

imbibition in water-wet rocks where gravity has no effect is: 
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where, ,D Pc
t is dimensionless time, t is the actual time of imbibition,   is porosity, k is 

permeability,   is interfacial tension, w and o  are displacing and displaced phase 

viscosity; d is the diameter of the core and L is the length of core sample. Using this 

dimensionless time, the experimental results obtained for water-wet cases fit into a 

unique curve, which is referred to as the very strongly water wet (VSWW) curve. Ma et 

al. (1995) could correlate imbibition data presented by Mattax and Kyte (1962) in 

Alundum samples and Weiler sandstones, Hamon and Vidal results in synthetic materials 

and Zhang et al’s results in Berea sandstones with different boundary conditions.  

The capillary driven imbibition results shown in Figure 4-24 has been analyzed by 

applying Ma et al (1995) scaling law. The cumulative oil recovery was normalized with 



 99 

the recoverable oil, assuming residual oil saturation was reached when imbibition ceased 

(Figure 4-25A). It was observed that five oil recovery curves were still widely separated. 

The trend of initiation time and imbibition rate still holds for five core samples with or 

without scaling. This scaling rule did not provide any additional understanding of the 

imbibition performed in five types of core samples.  

Through literature survey, no reports were found to apply Ma’s scaling law in the 

dual porosity carbonates. It was also observed that Ma’s scaling rule did not account for 

the phase relative permeability and mobility ratio, which are very important parameters 

for prediction of multiphase flow behavior in porous media. 

Zhou and Kovscek (2002) developed a modified scaling group, which 

incorporated the relative permeability and mobility ratio in the analysis of counter-current 

imbibition. They came up a flowing dimensionless time follows from Equation 4-16: 
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Where *

r
  is a characteristic mobility for the wetting and non-wetting phases and 

*M  

is a characteristic mobility ratio. The mobility ratio depends on the viscosity of the fluids 

and the wettability of the system. For strongly water wet systems, the end-point relative 

permeability of the wetting phase can be significantly less than unity. In the case of 

water-decane system, * *
1 ~

rw ro
k k , which leads to * *

rw ro
  . Then *

1/ *M M . 

As a result, the Zhou’s scaling term is simplified and given as: 
*
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The characteristic relative permeability of water phase can be defined as the krw at 

the displacement front if the counter current imbibition can be assumed to be a piston like 
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process. Also, the form of equation shown above indicates the dominant effect of relative 

permeability of displacing phase on the capillary-driven imbibition rate. It is instructive 

to look into the phase movement in the imbibition displacement front (Figure 4-26).  

All of five cores were fully saturated with decane initially in our experiment; the 

initial water saturation was zero. Water starts to imbibe into the smallest pores with the 

highest capillary forces, leaving the residual oil saturation behind the displacement front. 

The mobility ratio 
*

*
rw o

ro w

k

k




is less than 1, because 1o w    and * *
1

rw ro
k k . 

The assumption of piston like displacement is honored because of extremely favorable 

mobility ratio. Because water mobility is smaller ( * *

rw ro
  ), the capillary imbibition 

rate can be simplified to be a function of water mobility. This is what the Eq. 4-18 has 

shown to us. 

Now the challenging question remained is how to obtain the water relative 

permeability at the imbibition front. Laboratory experiment could be used to determine 

krw
*
 for each core samples. However, the relative permeability data measured from steady 

state displacement will be different values compared with the relative permeability in the 

process of countercurrent imbibition.  

The imbibition rate, which is related to matrix/fracture mas transfer function, 

should be fully defined by knowing all the petrophysical parameters, regardless of any 

type of rocks. As a result, one strategy to obtain krw
*
 is to treat it as model fitting 

parameter to match these oil recovery curves.  

It was observed that all the oil recovery curves overlaid each other when water 

relative permeability krw
*
 values were carefully assigned (Figure 4-25B). To make this 

parameter fitting unique, the end-point water relative permeability in Berea sandstone 

was firstly assigned to be 0.1. Similar assignment of krw
*
 =0.14 was found in the case of 
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water/air system (Zhou et al., 2002). The other matching values for krw
*
 can be found in 

Table 4-4 for other types of cores. Compared to krw
* 

=0.03 in both Indiana limestone and 

Estaillades limestone, the krw
* 

values of 0.0045 in Silurian dolomite and 0.0009 in the 

field dolomite are very small, while they possess sound physical meaning.  

We have dedicated section 4.5.2 to describing the relationship of relative 

permeability with pore structure. In the vuggy carbonate fully saturated with non-wetting 

phase (special case), the water will tend to imbibe into micropores instead of macropores 

because of higher capillary forces. Nonwetting phase (decane) tends to come out from the 

rock through macropores. Water and decane flow in the same pore in the counter 

direction won’t be happening based on physics. Thus, the countercurrent imbibition 

occurs by water invading the micropores and oil producing from macropores in the 

opposite direction.  

We have found in Figure 4-22 that the large contrast of pore size in micropores 

and macropores existed in the field dolomite and Silurian dolomite from mercury 

injection tests. Water imbibition into the micropores is restricted by the extremely small 

value of krw
*
, which leads to extremely small imbibition rate. 

4.5.4.2 Aronofsky’s empirical function 

It was observed that imbibition oil recovery curves follow an exponential trend as 

defined by Aronofsky et al. (1958) for a single matrix block. A single parameter 

empirical function proposed by Aronofsky to correlate the cumulative matrix-to-fracture 

oil transfer with time, is given by  

(1 )
t

R R e



   …………………………………………………………….… (4-19)  

Where R is the recovery factor, R is the ultimate recovery and λ is a rate 

constant (a.k.a. production decline constant). The difficulty in the use of this equation is 

to define the rate of convergence λ. The rate constant λ would be correlated to the 
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imbibition parameters and it controls the rate of the recovery that is determined by matrix 

and fluid properties. 

Kazemi et al (1992) replaced the rate constant λ with Mattax and Kyte’s (1962) 

dimensionless scaling group to define an imbibition transfer function between 

matrix/fracture. In our study, we’ve replaced λ with the simplified Zhou’s dimensionless 

scaling group shown in   

, ,*
(1 )D Pc D Pct

R R e
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Hence, we can further obtain that 
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The usefulness of equation above is illustrated by fitting it to the imbibition oil 

recovery data shown in Figure 4-27. The single parameter empirical function yields 

satisfactory matching for each type of core sample and the dimensionless rate constants

,D Pc
 and then its corresponding  were obtained for each sample (Table 4-5). It was 

observed that   for Berea sandstone is one order of magnitude larger than two 

limestone samples, while it is at least two orders of magnitude larger than those of vuggy 

carbonates.  

The rate constant  is a constant equal to the reciprocal of the time required to 

recover 63% of the recoverable oil (Kazemi, et al., 1992). By estimating in Figure 4-24, 

this scaling does seem to hold for the imbibition tests on all five samples. 

4.4.5 Distribution of Residual Oil 

Spatial resolved, non-invasive NMR measurements within porous media provide 

an unprecedented opportunity to extend the means for describing and understanding a 

heterogeneous media and physical processes occurring within such media. 
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NMR has been used to characterize two phase flow in rock for decades. In 

decane/water system, NMR T2 spectrums of bulk of decane and water show the 

superimposed peaks (Figure 4-28). In such a case with no clear cutoff T2 between water 

and oil, it is impossible to determine the oil and water saturation in the pores, where the 

bulk relaxation time is dominant. In vuggy carbonates with large fraction of vug porosity, 

the usage of NMR T2 to determine the phase saturation seems to be a mission impossible 

because of overlaid T2 peaks of water/oil phases.   

In water saturated porous media, the relaxation time due to bulk fluid processes is 

much longer (order of seconds) than the relaxation time due to the surface processes 

(order of milliseconds). Previous work shows that paramagnetic ions in water solution 

can accelerate the relaxation of the H
1
 nuclei in the water with no effect on the H

1 

relaxation in the oil. For example, MnCl2 greatly lowers the corresponding T2 values to 

less than 4 milliseconds, which cause the separation of water and oil in NMR T2 

spectrums (Figure 4-28).  

T2 distribution does not correspond to pore-size distribution anymore when 

paramagnetic ions are used in the test.  

2 2 2 2

1 1 1 1

b s b

S

T T T T V
    ………………………………………….……………… (4-22) 

T2b become extremely shortened when paramagnetic ions are presence in the 

water phase, then measured T2 does not correlates with S/V. The pore sizes under the 

faster relaxation peak include small pore size (surface relaxation) and large pores (MnCl2 

strongly shortens bulk relaxation), while the each peak area corresponds to the total 

amount hydrogen in that specific relaxation time. For simplicity, the area under the 

shortened water peak was assumed to be water saturation determined in NMR T2. With 
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this notion, it’s not surprising to observe the discrepancy between global phase saturation 

with the phase saturation determined in NMR T2 measurements. 

In order to investigate the distribution of residual oil in the matrix or vugs when 

imbibition driven by water, or surfactant or enhance gravity (centrifuge) are ceased, 

MnCl2.4H2O (~0.038 mol/L) was used to water or surfactant solution and separate oil 

signal from water signal. Figure 4-29 present the T2 spectra before and after water 

imbibition in Estaillades limestone core and Indiana limestone core. Figure 4-30 shows 

the T2 spectra of Silurian dolomite core determined before and after water imbibition, 

then surfactant enhanced imbibition and the forced imbibition by centrifugation for 5 

hours (3000 rpm). Fig. 4-31 shows the T2 profiles for a field dolomite sample. 

 For all core samples, the area under the major T2 peak (~0.6 ms) increases while 

Sor is decreased in imbibition step. Because of higher capillary force in the micropores, 

paramagnetic water saturates the micropores and then some large pores, both contributing 

to the increase of the area under the ~0.6ms T2 peak. Table 4-6 presents the recovery 

factors determined from lab measurement and from NMR T2. Note that the instantaneous 

water saturation equals to the recovery factor in these experiments because of 100% 

initial decane saturation. In the Indiana limestone core, the global water saturation (0.34) 

is almost the same with the apparent water saturation determined by NMR (0.355). In the 

Silurian dolomite core, the global water saturation and NMR water saturation are also 

close (0.40 vs. 0.43). The extremely large discrepancy of water saturation found in the 

field dolomite core (0.193 vs. 0.459). It strongly infers that significant amount of decane 

is trapped in some water-filled pores, where the imbibed water does not fully displace the 

oil and leaves residual oil saturation in the pores. Paramagnetic water strongly shortens 

the T2 time by reducing the bulk relaxation time in the pores contain trapped oil, while 

the total NMR porosity is not altered.   
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As shown in Figure 4-32, there are three main mechanisms which possibly 

contribute the oil trapping in water-filled pores: (A) snap-off in a pore with a high aspect 

ratio, defined by the ratio of pore-body size to pore-throat size; (B) pore doublet model; 

(C) oil trapping in a dead-end pore or an isolated vug. In the field core with a ~80% 

vuggy porosity and unfavorable pore structure, the huge amount of trapped oil causes the 

discrepancy of global water saturation and NMR water saturation. The phase saturation 

and distribution estimated in NMR T2 spectra provides a new tool to investigate the non-

wetting phase trapping phenomena, while the importance of each mechanism involved in 

the phase trapping cannot be defined in NMR. 

As a comparison, Indiana limestone contains the homogeneous pore body size as 

indicated in NMR T2 profile, and continuous changing of pore throat sizes from mercury 

injection test (Figure 4-22). These are favorable characteristic, leading to well 

interconnected pore structure and flow path in Indiana limestone. Water imbibition starts 

from smaller pores then to larger pores continuously, until imbibition is ceased when the 

capillary pressure is reaching zero. The properties of Silurian dolomite core are more 

close to those of Indiana limestone, although Silurian dolomite has large fraction of 

vuggy porosity. Estaillades limestone core has three distinct peaks of pore throat 

distribution, might indicate the pore interconnection is not that efficient.  

In summary, the combination of lab-determined water saturation and NMR-

derived water saturation is a new tool to investigate the local distribution of phases. As 

manifested by the large discrepancy between NMR apparent water saturation and global 

water saturation, water imbibition in the field dolomite cause a significant amount of oil 

trapping. At least one unfavorable pore structure, including high aspect ratio of pore, 

dead end pore and isolated vugs, results in the oil trapping in the filed core.   



 106 

4.4.6 Mobilization of Residual Oil Phase in Vugs   

Capillary trapping arises predominantly from snap-off, whereby capillary 

instablility splits the non-wetting phase occupying a narrow throat along the across 

section of the throat. Once snap-off occurs in all throats connected to a pore body, the 

non-wetting phase in that pore body is stable against further displacement (Tanino and 

Blunt, 2012). The mechanism is favored by a large aspect ratio between the pore body 

and throats connecting to it (Jerauld and Salter, 1990). Vugular pores account for a large 

fraction of accessible pore volume. Trapped oil in the vugs leads to high residual oil 

saturation. The goal of this study is to mobilize the trapped oil in vugs.  

Gravity force and capillary force are two contributing forces in the process of 

imbibition. For the blob to pass through the pore throat, gravity should exceed the 

differential capillary pressure across the oil blob. Figure 4-33 shows the pressure gradient 

required to mobilize a blob upward. From force balance and Laplace equation, 

cgl P   …………………………………………………………….…………… (4-23) 
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Where, l is the length scale of oil droplet and θ = 0
o
 for strongly water-wet cores. 

After water imbibition ceases, the gravity and capillary pressure achieves equilibrium 

globally. To mobilize the trapped oil, the only parameter can be manipulated is water oil 

interfacial tension σ. Reduction of IFT tends to kill the pressure, and then imbibition can 

be resumed by the mechanism of gravity-driven phase segregation.   

 The w/o IFT required to mobilize a trapped oil droplet is estimated in a gravity-

driven imbibition. The parameters and the estimation are provided in Table 4-7. In Berea 

sandstone core, the typical length of an oil droplet is assumed to be 100 microns. The o/w 

IFT required to mobilize this oil droplet is in the order of 10
-3

 mN/m. For vuggy 
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carbonates like the field dolomite and Silurian dolomite, the IFT needed to recover the 

trapped oil in the vugs is in the order of 10
-1

 mN/m. 

As shown in Figure 4-24, after water imbibition, we performed surfactant 

enhanced imbibition. The surfactant was Petrostep
®

 S1 (Neodol C16-17-7PO-sulfate), 

which reduced IFT between decane and 0.3% surfactant solution to 0.1mN/m. It was 

observed that the surfactant-enhanced imbibition only occurred in two vuggy carbonates. 

Each carbonate recovered additional 20% OOIP. This is huge amount of oil comparing 

with no appreciable amount of oil recovered in the Indiana Limestone, Estaillades 

Limestone and Berea sandstone. 

  We could also apply microscopic inverse Bond number NB
-1 

in the prediction of 

capillary pressure or gravity driven imbibition. Schechter et al. (1994) proposed 

macroscopic (core-scale) inverse Bond number NB
-1 

to predict the final oil recovery in 

low IFT drainage and imbibition process. The correlation of NB
-1 

with residual oil 

saturation in these two vuggy carbonates was discussed in Chapter 5.  

4.6 CONCLUSIONS 

The purpose of multi-scale core characterization was to provide a comprehensive 

picture of flow and transport in the vuggy carbonates by integrating the modern flow 

visualization technology with conventional laboratory tools. 

NMR T2 measurement, MICP, thin-section imaging, and CT scanning were 

conducted in the characterization of the vuggy dolomite cores from the field. Both thin 

section and CT images reveal that the touching vugs and separate vugs co-exist in the 

core samples. Although the vuggy porosity is estimated to be 85%, the matrix controls 

the permeability of the core since the vug connectivity is poor. MICP and NMR T2 

measurements show multimodal pore-throat and pore-body size distribution. 

Reconstructed 3D CT porosity maps indicate that the vugs in the field dolomite are in 
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large size and randomly distributed, while the vugs in Silurian dolomite are densely 

populated and in small sizes. The semivariogram analysis of porosity has shown that the 

field dolomite has a large sill with a small range compared to the Silurian dolomite.  

In a single-phase tracer test, the tracer breakthrough profile and CT scans 

indicated that a large porosity variation and the preferential flow paths are within the field 

dolomite cores. The large portion of initial fluid in place was not recovered, leading to a 

poor recovery factor of a miscible flood. In a multi-phase flow study, both the mercury 

withdrawal test and NMR T2 measurement have revealed that snap-off retains oil in the 

vugular pores, because of large aspect ratio the vuggy pores and large length scale of oil 

blobs. The large discrepancy between NMR apparent water saturation and global water 

saturation (determined in the imbibition experiment) in a field dolomite core implied that 

significant oil trapping by capillary snap-off or dead end pores..  

 

 

 

 

 

 

 

 

 

 

 

 

 



 109 

Table 4-1: Estimated Surface Relaxivity of Three Dolomites 

Sample Name  /e m s   

Guelph Dolomite 13 

Silurian Dolomite 8.5 

Field Dolomite 35 

 

 

Table 4-2: The Core Properties and Coats-Smith Fitting Parameters for Modeling of 

Tracer Tests 

Sample 
Core Properties Coats-Smith Fitting Parameters 

D (inches) L (inches) Φ f
d
 α, ft M, s

-1

 

Silurian dolomite  1.5 11.77 0.134 0.56 0.055 8E-5 

Field dolomite 1.5 7.53 0.103 0.68 0.05 1E-4 

 

 

Table 4-3: The matching parameters of double-layer model in the field core (total 

injection rate: Qt= 10 ft/day) 

Properties Values 

m  0.035 

v  0.171 

fm 0.5 

kx, matrix 5 md 

kx, vug 150 md 

kz 0 

α
l
 0.12 ft 

α
T
 0 

Tracer Slug: Qv/Qm 83%:17% 

Chasing slug: Qv/Qm 30:1 
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Table 4-4: Estimation of frontal relative permeability *

rw
k  

 

 

 

 

 

 

 

 

 

 

Table 4-5: The model fitting of rate constants in Aronofsky empirical equation. 

Core Types ,D Pc
   (day

-1
) 

Berea Sandstone 0.02 682.9 

Indiana Limestone 0.006 65.1 

Estaillades Limestone 0.006 180.2 

Silurian Dolomite 0.0009 11.3 

Field Dolomite 0.00018 0.59 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Core Name 
*

rw
k  

Berea Sandstone 0.1 

Indiana Limestone 0.03 

Estaillades Limestone 0.03 

Silurian Dolomite 0.0045 

Field Dolomite 0.0009 
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Table 4-6: Oil recovery efficiency and mechanisms in spontaneous imbibition, low IFT 

imbibition and/or enhanced gravity. 

 
k, 

md 
  RF_imb RF_NMR 

RF_imb 

IFT 

RF_NMR 

IFT 

RF_ imb   

IFT+ Centrifuge 
RF_NMR 

IFT+Centrifuge 

Berea SS 381 0.228 0.479 - 0.479 - - - 

Estalla Lime  300 0.27 0.525 0.616 0.525 - - - 

Indiana Lime 2.5 0.135 0.34 0.355 0.34 - - - 

Silurian Dolo 30 0.17 0.400 0.43 0.622 0.669 0.78 0.86 

Field Dolo 2 0.10 0.193 0.459 0.408 0.685 0.58 0.78 

“-” indicates the measurements were not performed. 

 

 

Table 4-7: Typical values of parameters and the estimation of the differential capillary 

pressure to mobilize an oil droplet in a pore. 

Parameter values Berea sandstone    Vuggy dolomites 

Pore body rb (μm) 40 200 

Pore throat rt (μm) 10 10 

Oil droplet length l (μm) 100 1×10
4
 

gl  (Pa) 0.265 26.5 

No surfactant, σ=46mN/m, cP  (Pa) 6.9×10
3
 9×10

3
 

With Surfactant, σ=0.1mN/m, cP  (Pa) 15 19.6 

With Surfactant, σ=0.001mN/m, cP  (Pa) 0.15 0.196 
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Figure 4-1: The appearance of two types of vuggy dolomite cores. (A) Silurian dolomite 

(outcrop); (B) Field dolomites. 

 

Figure 4-2:  Transmitted-light thin section image of three field cores.  

(A) (B) 
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Figure 4-3: Mercury Injection Capillary Pressure (MICP) Curves for three types of 

carbonate samples: Field dolomites, Silurian dolomites and Guelph dolomites.  

 

Figure 4-4: Pore-throat size distribution from mercury injection capillary pressure tests. 
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Figure 4-5: NMR T2 Distributions of four field dolomite cores. The vertical black dashed 

line indicates the T2 value of bulk brine, 2500ms. 

 

Figure 4-6: NMR T2 Measurements at 100% Sw in three types of dolomites. The vertical 

dashed line indicates the T2 relaxation time of bulk brine. 
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Figure 4-7: Matching of Pore-body and pore throat size derived from NMR and capillary 

pressure measurements. 
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Figure 4-8: The locally enlarged thin section image (A) and representative image of CT-

derived porosity distribution (B). The colorbar is scaled in porosity value.
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Figure 4-9: (A): The porosity variation along the field dolomite core and (B): CT images scanned from inlet to outlet.

Average  =0.077 
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Figure 4-10: The CT data for one Silurian dolomite core (2” Diameter ×12” Length). (A): 

Porosity variation along the core length; (B): Representative CT images for 

xy plan and xz plane.  
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Figure 4-11: The three dimensional (3D) vug porosity distributions. (A): Cross sectional porosity distribution from CT scans in 

the field dolomite core; (B): Digitally constructed 3D image for vug porosity distribution in the field dolomite 

core. (C): 3D image for vuggy porosity distribution in the Silurian dolomite core. 

Field dolomite 
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Figure 4-12: The histogram analysis of CT-derived porosity values in (A) the field 

dolomite and (B) Silurian dolomite.    
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Figure 4-13: The semivariogram analysis of porosities in the field dolomite and Silurian 

dolomite (A) xy plane and (B) the flow direction, i.e. z direction. 
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Figure 4-14. The diagrams representing the proposed models of pore-structure in (A) 

Silurian dolomite, and (B) Field dolomite. 

(A) (B) 
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Figure 4-15: The flow of tracer (8% NaI solution) in a field dolomite core under CT scanner. Colorbar is scaled by CT 

numbers. Blue dots in the slice images represent vugular pores. Vug 1:      and Vug 2:
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Figure 4-16: Diffuse flood front of tracer flow in a field dolomite core (NaI displace 

H2O). Tracer concentration was measured in real time using CT scanner.  

 

Figure 4-17: In-situ averaged displacing fluid concentration in a miscible tracer test 

performed in a vuggy carbonate. 
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Figure 4-18: The effect of displacement rate on tracer breakthrough curves in core 

samples of field dolomite (Field_NPA) and Silurian dolomite (SD_NPA). 

  
 

Figure 4-19. The experiment and capacitance model fitting of the tracer breakthrough 

curves in (A) the Silurian dolomite, and (B) the Field dolomite. 
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Figure 4-20: History matching of a tracer test in the field core using the double-layer 

model, and the sensitivity study of the effects of vug porosity and Kv/Km.  

 

 
 

Figure 4-21: Drainage and Imbibition Mercury Capillary Pressure Curves derived from 

Mercury Injection and Withdrawal Tests for (A) Two field dolomite cores 

and (B) Silurian Dolomite and Estaillades Limestone. 
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Figure 4-22: The correlation of pore size distribution with desaturation of non-wetting 

phase in four types of carbonates.  

 

 

 

 

 

 

 

 

 

 

Field Dolomite Silurian 

Dolomite 

Indiana 

Limestone 

Estaillades 

Limestone 



 128 

 

Figure 4-23: (A) Relative permeability for the micropores (matrix) and macropores (vug) 

network for a strongly water-wet carbonate; (B) Curves of relative 

permeability obtained for dual-network, matrix and vugs are water-wet. 

 

Figure 4-24: Oil recovery in five water-wet core samples by water imbibition and 

surfactant enhanced imbibition. 
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Figure 4-25: Scaling of counter-current imbibition in five strongly water-wet carbonate 

rocks. (A) Scaling group tD,Pc from Ma et al. (1995); (B) Scaling group tD,Pc 

modified from Zhou et al. (2002). The brown curve in (B) indicates a 

matching by Aronofsky empirical model (λD=0.18). 
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Figure 4-26: The diagram of displacement front and corresponding phase relative 

permeabilities at the imbibition process. 

 

Figure 4-27: The mode fitting of counter-current imbibition in five cores using Aronofsky 

empirical equation. 
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Figure 4-28: NMR T2 Distribution Curves: formation brine, 0.038 mol/L MnCl2 in the 

formation brine, and decane bulk samples.  

 

Figure 4-29: NMR T2 Distribution Curves: The capillary driven water imbibition.  
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Figure 4-30: NMR as a monitoring tool on the oil recovery in the Silurian dolomite 

through water imbibition, low IFT surfactant imbibition and forced 

imbibition (by centrifugation) with surfactant solution. 

 

Figure 4-31: NMR as a monitoring tool on the oil recovery in the field dolomite, through 

water imbibition, low IFT surfactant imbibition and forced imbibition (by 

centrifugation) with surfactant solution. 
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Figure 4-32: Pore-scale mechanisms of non-wetting phase (i.e. decane) trapping: (A) 

snap-off in the pores with a high aspect ratio; (B) pore doublet model; (C) 

vugs or dead-end pores. (Oh and Slattery, 1976) 

 

Figure 4-33: Force analysis of a trapped oil blob in a vugular pore. 
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Chapter 5:  Development of Surfactants for Wettability Alteration at 

Harsh Reservoir Conditions 

 

5.1 DETERMINATION OF WETTABILITY OF RESERVOIR CORES 

 Due to the fact of absence of preserved cores, it may be possible to restore 

weathered cores to their original wettability. The strategies of wettability determination 

on restored cores include quantitative methods such as contact angle measurement and 

Amott Harvey Index; and qualitative methods like imbibition test.   

5.1.1 Contact Angle Measurements 

In this study, the calcite was used as a model mineral to perform contact angle 

measurement since the reservoir of interest is a carbonate reservoir. The objective of a 

contact angle test is to study if a crude oil could render the calcite oil-wet and to examine 

the surfactant’s capability to alter wettability.  

The calcite chip was rendered to oil-wet through an aging process. Figure 5-1 

represents a strongly oil wet calcite chip, and contact angle is close to 180
o
. It indicates 

that the components of crude oil can adsorb onto mineral surface, rendering oil-wetness 

on it. 

Core samples prepared for imbibition studies need to be restored to oil wetness. 

After the saturation and aging process, the reservoir or outcrop cores were immersed in 

the formation brine. Negligible amount of the oil was produced in formation brine, 

indicating the oil-wetness was restored in these cores. An oil droplet was put on the top 

surface of a core sample, showing the contact angle to be around 140
o
 (Figure 5-2). It 

confirms the oil-wetness of the rock after the restoration process.  
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5.1.2 Amott Harvey Index  

The Amott Harvey index combines spontaneous imbibition and forced 

displacement to measure the average wettability of a core. The index, which measures the 

imbibition potential of water and oil, varies from +1 for strongly water-wet rocks to -1 for 

strongly oil-wet rocks. Reservoir core 21A1-2 from the well 1024D was used. It was 

from the BTP-KS layer, had a dimension of 1.5”x 3.104”, a porosity of 8.24%, and a 

permeability of 10.5md. The Amott Harvey index was measured to be -0.178, indicating 

that the reservoir rock is weakly oil-wet. The details of this test and calculations can be 

found in Table 5-1. 

5.2 SCREENING AND SELECTION OF BENCHMARK SURFACTANTS 

The screening and selection process of benchmark surfactants was very labor- 

intensive. The work on some surfactant formulations might not be fully covered in order 

to create a smooth reading. Interested readers can find more details in Chen and Mohanty 

(2013, 2014). It should be noted again that the harsh reservoir conditions defined in this 

study include the formation temperature of above 100
o
C (up to 120

o
C), the formation 

brine of above 10% total dissolved solid (TDS) with the presence of divalent ions, and 

the injection brine (especially seawater) with a significant amount of divalent cations 

(>1,500ppm Ca
2+

/Mg
2+

).      

5.2.1 Cationic Surfactant Candidates 

A carbonate reservoir rock is positively charged on the mineral surface at neutral 

pH. Cationic surfactants may have significantly lower adsorption in carbonates than that 

of anionic surfactants of similar hydrophobic chain length. Cationic surfactants, 

especially the quaternary ammonium salts, have shown the promise to recover oil from 

the chalks and dolomites (Standnes et al., 2000; Seethepalli et al., 2004).  



 136 

A quaternary amine surfactant, BTC
®

 8358 (n-Alky Dimethyl Benzyl Ammonium 

Chloride) stands out in the lists of cationic surfactants screened. The contact angle of oil 

droplets in 0.2% BTC
®

 8358 solution was measured to be around 80
o
, indicating the 

surfactant altered wettability towards more water-wet (Figure 5-3). Other cationic 

surfactants, DTAB and C12TPPB, were also showing the capability of wettability 

alteration (Chen et al., 2013).    

The contact angle tests on calcites were treated as initial-stage qualitative 

screening, since the assessment of wettability alteration on the calcites is a subjective 

process. However, most contact angle tests were repeated at least twice to avoid mis-

interpretation of results. The heterogeneity of contact angles of oil droplets might be 

attributed to different levels of surface irregularity, surface contamination, and 

contamination from the optical glass cuvette containing dilute surfactant solution 

(Sharma et al., 2003).  

5.2.2 Nonionic Surfactant Candidates 

Nonionic surfactants show excellent solvency, high chemical stability and high 

tolerance for brine hardness. We used many non-ionic surfactants for other EOR 

applications because of the advantages comparing with cationic and anionic surfactants. 

The only challenge for most nonionic surfactants in EOR application could be their low 

cloud point in general. In this study, we identified a new type of nonionic surfactants 

whose cloud point could reach to 120
o
C or above.  

Ethomeen
®

 (from AkzoNobel LLC) is an ethoxylated (EO) amine-type surfactant. 

At neutral to high pH reservoir environments, Ethomeen is a triamine with EO groups. In 

acidic aqueous phase, it may be protonated and become a cationic surfactant. EO group 

usually increase the hydrophilicity of surfactant molecules. Hence, we could tailor the 
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HLB (hydrophile-lipophile balance) numbers in nonionic surfactants for specific crude 

oil samples.  

After passing the aqueous stability and contact angle screenings, Ethomeen
®

 T/25 

was selected as a promising candidate. Ethomeen
®

 T/25 is a tallow (C16-C18) amine 

ethoxylate with 15 units of ethylene oxide. The aqueous stability tests of 

Ethomeen
®

 T/25 were performed at 100
o
C and 120

o
C. Ethomeen

®
 T/25, as a single 

surfactant in 1% NaCl solution, showed high stability at 100
o
C, but became cloudy at 

120
o
C in a very short time (Figure 5-4C). Hence, the cloud point of Ethomeen

®
 T/25 was 

above 100
o
C. 

Since our objective was to seek a formulation for reservoir temperature 120
o
C, we 

added a zwitterionic surfactant called lauryl-betaine to increase the solubility of 

Ethomeen at higher temperatures. Lauryl-betaine has been found to have good thermal 

hydrolytic stability at high temperature (Lopez-Salinas, 2013). The surfactant mixture of 

zwitterionic + nonionic surfactant formulation (1:1 ratio w/w) showed improved thermal 

stability at 120
o
C (Figure 5-4). It stayed as a clear solution for at least 15 days at 120

o
C. . 

In the presence of crude oil (1:1 volume ratio), the surfactant formulations did not yield 

micro-emulsion phase, indicating the surfactant formulation could not achieve ultra-low 

IFT between water and oil (Figure 5-4A). 

Furthermore, the wettability alteration effect of surfactant Ethomeen
®

 T/25 was 

evaluated on a calcite contact angle test at 100
o
C (Figure 5-5). The contact angles of 

some oil droplets on the mineral surface reduced significantly, indicating very strong 

water wetness formed by using Ethomeen
®

.    

5.2.3 Anionic Surfactant Candidates 

As reviewed in Chapter 4, sulfonates are generally thermally stable at high 

temperatures compared with sulfates. Recent studies have found that the thermal stability 
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of some sulfate surfactants might be greatly improved when pH of surfactant solution is 

raised to above 10. Carboxylate-based surfactants, a big class of anionic surfactants, also 

have the great potential to be high performance surfactants at harsh reservoir conditions: 

high temperature, high salinity and especially high hardness.     

5.2.3.1 Guerbet Sulfate Formulation: AKL-207 

The scope of this study mainly focuses on the development of wettability 

alteration agents, while some surfactant formulations designed for ultra-low IFT 

applications might also have the capabilities of wettability alteration. EOR research team 

at UT Austin has developed a new process for manufacturing and stabilizing high-

performance EOR surfactants at low cost for high-temperature, high-salinity oil 

reservoirs. A class of surfactants called “Guerbet Alkoxy Sulfates” were synthesized and 

found to be thermally stable at high temperature with the addition of alkalis. The 

surfactant formulation AKL-207 was developed using Guerbet alkoxy sulfate and alkali. 

The formulation consists of two Guerbet sulfates and one IOS as co-surfactant. To 

improve the solubility in hard brine, a co-solvent named MA-80 and a sequestration agent 

EDTA were added in the formulation (Table 5-5). The surfactant solution was therammly 

stable at pH10.5 (because of alkali EDTA). The optimum salinity of this formulation was 

found, in a phase behavior study, to be 28000ppm, corresponding to 75% SASW at 

120
o
C (Figure 5-6). 

To study the effect of AKL-207 on wettability alteration, contact angle 

measurements on calcite chips were performed. We varied the salinity (hardness 

simultaneously) by mixing different percentages of seabrine (SASW) with deionized 

water (DI H2O). AKL-207 alters the wettability towards more water-wet at the lower 

salinity domain, especially when the salinity of brine is less than 25% SASW salinity, 

corresponding to ~10,000ppm at 100
o
C condition (Figure 5-7). At optimum salinity (75% 
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SASW), the contact angle is slightly below 90
o
. At 0% SASW (TDS is 25,000 ppm), the 

contact angle is lowered to 60
o
. The representative images of contact angle tests are 

shown in Figure 5-8. It should be mentioned that, in one calcite test, we usually measure 

contact angles of more than 15 oil droplets and report the average value and standard 

deviation.  

Gupta and Mohanty (2011) found that IFT and contact angle have the same 

optimal salinity for a given concentration of anionic surfactants studied. Based on this 

observation, they proposed the emulsification mechanism of anionic surfactant on the 

wettability alteration. As to the case of AKL-207 formulation, the contact angle decreases 

when the salinity/hardness drops in the aqueous solution. Since the salinity for contact 

angle and IFT does not occur at the same optimum salinity, my observation implies the 

anionic surfactant achieve ultra-low IFT does not guarantee good wettability alteration.  

Gupta and Mohanty (2011) conducted the salinity scan by increasing or reducing 

NaCl (with 0.025 wt% Na2CO3 fixed) or Na2CO3 (no NaCl) in the brine, which indicates 

the surfactant was dissolved in the softened brine consisting of only Na2CO3 and/or NaCl. 

In comparison, the surfactant formulation in this study was in the hard brine with an 

appreciable concentration of Ca
2+

 /Mg
2+

. The presence of divalent cations imposes 

different effects on the IFT reduction and wettability alteration. The ionic strength is 

elevated when Ca
2+

 /Mg
2+

are present in the brine, which shifts (usually reduces) the 

optimum salinity for IFT reduction in a phase behavior study, while the IFT is not altered 

significantly. In comparison, Ca
2+

 /Mg
2+

 significantly suppress the surfactant-mediated 

wettability alteration regardless of brine salinity.    

One more interesting question is which single or multiple surfactants in AKL-207 

formulation attributes to the wettability alteration. Literature survey has shown that 

ethoxylated sulfates can alter the wettability towards more water-wet. AKL-207 consists 
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of two ethoxylated sulfates and one ethoxylated sulfonate surfactant. Further testing has 

concluded that Isofol C32-7BO-7PO-55EO Sulfate is the key surfactant responsible for 

wettability alteration, while C20-24 IOS has negligible effect on wettability alteration 

(data not shown). 

Even at the elevated pH condition, AKL-207 formulation undergoes hydrolysis at 

a slower rate due to the existence of the weak bonds in sulfates. To achieve a more robust 

surfactant formulation on IFT reduction and wettability alteration, more surfactant 

screening work, especially on sulfonates, was carried out.     

5.2.3.2 Alkoxy Glycidyl Sulfonate: Enordet® A092 

As discussed by Barnes, et al. (2008), two families of sulfonates have shown 

promise in the surfactant EOR under harsh reservoir conditions. These two families were 

named as internal olefin sulfonate (IOS) and branched C16, 17 alcohol-based alkoxy 

sulfonates. Both could also be tailored to work under a wide range of reservoir 

conditions. Enordet
®

 A092, a branched C16, 17 alkoxy glycidyl sulfonate (AGS), was 

tested for wettability alteration and consistently found to be a high-performance 

surfactant candidate.  

Contact angle measurements at 120
o
C for 0.25% Enordet® A092 in synthetic 

seabrine (SASW) and other modified SASW were shown in Figure 5-9. Noted that all 

brine solutions consisted of 2.5% EDTA and pH of the surfactant solutions was adjusted 

to 9.20. The compositions of all modified seabines including SASW0Mg, SASW0Ca, 

and SASW0Ca0Mg are listed in Table 5-2. With 2.5% EDTA, a diluted surfactant 

formulation consisting of 0.25% Enordet A092 in Seabrine (SASW) altered the 

wettability to intermediate-wet, represented by a contact angle around 90
o
. However, the 

same concentration of surfactant in softened seabrine (SASW0Ca0Mg) reduced contact 

angles down to around 50
o
.  
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The consideration of adding 2.5% EDTA in the brines can be explained: 1) as 

alkali, rendering elevated pH; 2) as sequestration agent, chelating all Mg
2+

/Ca
2+

 available 

in SASW solution based on 1:1 molar ratio in the chelation. EDTA is saturated with 

Mg
2+

/Ca
2+

 only in the case of SASW brine. If it is not saturated with divalent ions, EDTA 

will trigger calcite mineral dissolution, releasing more Ca
2+ 

to bind to EDTA (Chen, 

2011).  

The removal of Ca
2+

 (in the case of SASW0Ca) enhanced wettability alteration 

more than the case of removal of Mg
2+

, although initially there is much more Mg
2+

 

(0.055mol/L) than Ca
2+

 (0.012mol/L) in SASW. The observations might infer that the 

suppression effect was more from calcium than magnesium as to anionic surfactant-

induced wettability alteration. 

In order to present a representative image of wettability alteration from Enordet 

A092 surfactant, the formulation 0.25% Enordet A092+0.5% EDTA+ S-SASW (pH10.0) 

was used in contact angle and imbibition tests (Figure 5-10). The contact angles of oil 

droplets on top of calcite chip and field core sample are less than 90
o
. The wettability 

alteration was evolving along the progress of imbibition because contact angles were 

reducing along the imbibition time, as indicated in three images at the bottom layer of 

Figure 5-10.   

 We had two challenging questions in the development of A092 as a wettability 

alteration surfactant. 1) Since it is not an economic choice to use softened water, could 

we develop a strategy to avoid using softened SASW? 2) What are the effects of EDTA 

on wettability alteration? Having these two questions in the mind, we performed an 

extensive screening with a focus on strategies like improving aqueous stability, chelating 

hardness ions and adding alkalis. In the next section, we will present the results from the 

screening effort. 
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5.3 HIGH PERFORMANCE ANIONIC SURFACTANTS IN HARSH RESERVOIR CONDITIONS 

It is worth repeating that the goal of this work is to pursue strategies to improve 

oil recovery in highly fractured carbonate reservoirs by altering the wettability of matrix 

rock from oil-wet to preferentially water-wet at harsh conditions defined as high 

temperature (100
o
C or above), high salinity, and especially high hardness environment.  

To target these harsh conditions, we should develop a high performance surfactant 

formulation which has high solubility in hard brine, is highly cost-effective, and has 

strong wettability alteration capability. Five variables were considered in this expanded 

selections: 1) SASW or softened SASW; 2) choices of chelating agents; 3) varying pH of 

surfactant solution; 4) choice of alkali: NaOH, Na2CO3 or EDTA; 5) ultra-low IFT or 

intermediate IFT. 

The expanded screening work focused on the formulation derived from Enordet
®
 

A092 and the formulation derived from an ultra-low IFT formulation named AKL-523. 

They were evaluated for their aqueous stabilities and wettability alteration potentials. 

5.3.1 Comparative study derived on Enordet
®
 A092 

The screening results were evaluated by two criteria: aqueous stability at 100
o
C 

and wettability alteration effect by contact angle measurement. Table 5-3 summarizes the 

screening work performed on the surfactant Enordet
®

 A092. Surfactant formulations in 

tests 1 to 7 are based on hard brine, while the surfactants in other tests are based on 

softened SASW. The surfactant concentration was kept the same for all selections.  

Surfactant A092 became more aqueous stable by increasing the concentration of 

EDTA.4Na up to 2.5% (w/w) at pH 9.5~10.0 from comparative tests 1-3. Anionic 

surfactants were easily precipitated in the presence of divalent cations at high pH. The 

addition of sufficient chelating agent EDTA.4Na sequesters divalent ions, leaving anionic 

surfactant soluble in the solution. The contact angle measurements in tests 1-3 have 
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shown that surfactant A092, only with 2.5% EDTA.4Na, could strongly altered the 

wettability towards more water-wet.     

The chelating agent EDTA might not be an economical choice in an EOR project 

for a large field. Other chelating agents such as sodium Polyacrylate and sodium 

metaborate were explored. Sodium metaborate was tested for its compatibility with 

Enordet® A092 in an elevated pH environment. It failed as a chelating agent, since the 

surfactant precipitated with the addition of 2.5% sodium metaborate at pH10. It implies 

that the divalent ions in SASW, Ca
2+

 (480ppm) and Mg
2+

 (1342ppm), were above the 

sequestration capability of sodium metaborate.   

However, sodium polyacrylate, commonly used as scale inhibitor in the oil 

industry, achieved high performance as a chelating agent (Table 5-3). In test-4, surfactant 

A092 could stay as a clear solution in SASW at 100
o
C and pH9.65, only when 1% NaPA 

was added. Lower concentrations, like 0.2% NaPA, were also tested and found to be 

insufficient amount for this aqueous stability test.  

Sodium polyacrylate was a weak base and pH of 1% bulk solution is pH8.52. It 

was found that alkali alone alters wettability towards more water wet to some extent. To 

investigate further how this interaction between NaPA and Enordet
®

 A092 affected 

wettability alteration, two more tests (i.e. test -5 and test-6) were conducted at neutral pH 

to exclude the alkali effect. Both tests showed the surfactant formulations were aqueous 

stable. To evaluate the wettability alteration, we compared test-5, test-6 and test-1, which 

was the case of absence of NaPA. By adding high dosage of NaPA (4% NaPA), strong 

wettabililty alteration was observed (Figure 5-11 B). While with only 1% NaPA, 

surfactant-mediated wettability alteration was not appreciable (Figure 5-11 A).    

The performance of polymeric additives to surfactant activity was investigated in 

Zini (1995) and Broze (1999). The molecular weight of NaPA used in this study is 2100 
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Dalton, which is on the lower side of low-molecular-weight (LMW) series polymers.  

Sodium polyacrylate, especially for LMW NaPA, was a weaker metal ion sequestrant 

than EDTA. The high performance of NaPA in this study was speculated from its strong 

capability of crystal-growth inhibition and dispersing of CaCO3(s).   

In the EOR applications of anionic surfactants, the addition of alkali is an 

appealing option because alkali brings in multiple benefits: lower surfactant adsorption, 

generating in-situ soap, wettability alteration, reducing brine hardness and so on. The 

three more tests: test 8, 9, 10 were dedicated to compare the wettability alteration 

capability of two alkalis: Na2CO3 and EDTA.4Na. Since Na2CO3 was only compatible 

with softened SASW, EDTA.4Na was also used in softened SASW just for a fairly 

comparative study. The addition of either alkali promotes stronger wettability alteration 

than the case of no alkali (Table 5-3). The average contact angles in 0.25% Enordet 

A092+S-SASW+1% Na2CO3 or 2.5%EDTA were dropped to lower than 50
o
, indicating 

strongly water wet conditions.    

A similar comparative study was also conducted using an ultra-low IFT surfactant 

formulation, as shown in the next section. 

5.3.2 Comparative study derived on formulation AKL-523 

The ultra-low IFT surfactant formulation AKL-523 was developed in UT CEOR 

research team (Lu et al., 2012). The surfactant composition and phase behavior study 

results were shown in Table 5-5. Noted that the optimum salinity for AKL-523 was 

57000ppm, corresponding to 100%SASW+16.5% Formation Brine (FB). We also 

performed the contact angle tests under this optimum salinity. 

The first task was to determine if this ultralow IFT surfactant formulation has 

wettability alteration effect. If not, the second task was to seek a strategy to make this 
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surfactant dual functional formulation: IFT reduction and wettability alteration. The 

summary of aqueous stability and wettability alteration evaluation for AKL-523 and its 

derivatives is presented in Table 5-4; while the representative images for contact angle 

tests are shown in Figure 5-12.  

AKL-523 showed no sign of wettability alteration (Figure 5-12A), while most of 

the oil left the calcite surface due to the low IFT. AKL-523-1 was formulated as 0.5% 

AKL-523+ 2.0%EDTA (pH10.0), and it failed the aqueous stability at 100
o
C. The 

insolubility problem was because of the inadequate EDTA to sequester divalent ions.  

As reviewed in Chapter 4, the molar ratio of EDTA to metal cations should be at 

least 1:1 to fully sequester them. For a 100% SASW solution containing 0.012mol/L Ca 

2+
 and 0.055mol/L Mg

2+
, 2.5% EDTA (i.e. 0.067 mol/L) was necessary to stabilize the 

anionic surfactant at pH ≥ 9.5. For the case of 100% SASW+16.5%FB, containing 0.028 

mol/L Ca
2+

 and 0.056 mol/L Mg
2+

, we needed at least 3.2% EDTA.4Na in weight percent 

(i.e. 0.084 mol/L) in the anionic surfactant solution to achieve aqueous stability at pH ≥ 

9.5.  

The formulation AKL-523-2 was developed, using 5% EDTA.4Na in surfactant 

solution, to achieve a clear solution at 100
o
C and pH10 condition. The observation of 

contact angle test on calcite using AKL-523-2 confirmed two facts:  

1) Most of the oil was stripped off from the mineral because of extremely low IFT 

induced by this surfactant. The low IFT environment was inferred by the extremely small 

size of oil droplets because of the correlation of IFT with oil droplet size ( )L g  

(Hirasaki, et al., 2004).   

2) With the aid of 5% (w/w) EDTA.4Na, the divalent cations in the hard brine 

were fully sequestered. The anionic surfactants (C28-25PO-25EO and C15-18 IOS in AKL-

523 formulation) were liberated, altering the wettability of calcite to strongly water wet.  
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Furthermore, AKL-523-3, AKL-523-4 and AKL-523-5, AKL-523-6 formulations 

were developed on softened SASW. With the aid of only 1% EDTA (w/w), the 

wettability alteration was found with AKL-523-4, comparing with 5% EDTA needed in 

the hard brine case AKL-523-2. However, 0.05% NaOH was not able to reactivate 

surfactant for AKL-523-6.  

Other chelating agents, like sodium citrate, were also tested in the comparative 

study. 5% sodium citrate can reactivate surfactant-mediated wettability alteration in 

AKL-523-5; while 5% sodium citrate (w/w) was not adequate to sequester all divalent 

ions in the hard brines, resulting in precipitation in AKL-523-7. It might be a proof that 

the sequestration capability of sodium citrate is poorer than EDTA.4Na.  

It can be concluded for this section that the anionic surfactant performs its 

wettability alteration capability only when two essential prerequisites are met: the 

surfactant itself has the capability, and the surfactant is liberated from hardness ions. 

5.4 IMBIBITION OF SURFACTANTS INTO OIL-WET VUGGY DOLOMITES 

Sharma et al. (2011) found that some surfactants which altered wettability on 

calcite plates did not recover much oil in spontaneous imbibition. Therefore, contact 

angle tests should be interpreted carefully. Spontaneous imbibition experiments are 

usually more definitive and more realistic since core samples are used. 

Surfactants were screened by two criteria in the previous sections: aqueous 

stability at harsh condition and wettability alteration potential by contact angle 

measurements. We selected a few qualified candidates for spontaneous imbibition tests in 

the core plugs. In some cases, by gravity segregation mechanism, ultra-low IFT 

surfactant can recover oil from oil-wet carbonate, without altering wettability. Some of 

ultra-low IFT surfactant formulations were also considered in the imbibition tests.  
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5.4.1 Enhanced oil recovery by WA and/or IFT reduction   

One cationic surfactant BTC
®

 8358 achieved high performance in wettability 

alteration on calcite tests. A phase behavior study showed that one anionic surfactant 

formulation named AKL-523 could achieve ultra-low IFT (~0.001 mN/m) at optimum 

salinity 57,000 ppm. AKL-523 was not a wettability modifier from the study described in 

Section 5.3.2. Another surfactant formulation introduced here was named IMP, which 

was high performance foaming agent, but not a good wettability modifier (Table 5-5). 

The imbibition tests were conducted on these three surfactants and one mixture to 

investigate the effects of wettability alteration and IFT reduction. 

The phase behavior results of four surfactant formulations are presented in Figure 

5-13: (A) 1% BTC® 8358; (B) 1% IMP; (C) 1% AKL-523; and (D) 0.5% IMP+0.1% 

BTC® 8358. The formulation D was a mixture of one low-IFT surfactant and one 

wettability alteration agent. 5ml crude oil and 5 ml surfactant solutions were mixed in 

each tube and equilibrated for few days. The formation of microemulsion phase was seen 

in tube C, indicating the fact of ultra-low o/w IFT for AKL-523. There was a small 

microemulsion phase shown in tube B, indicating IMP formulation could achieve 

intermediate low IFT (~0.05 mN/m). As a comparison, the IFT between diluted crude oil 

and 1% BTC
®

 8358 was high, which was measured by goniometer to be 3 mN/m. 

Spontaneous imbibition experiments were conducted with 1% surfactant solution 

at optimum salinity in Silurian dolomite cores. The compositions of the surfactant 

formulations are presented in Table 5-5. The properties of the dolomite core samples and 

experimental conditions are listed in Table 5-7. The initial oil saturation was established 

by flowing oil through the fully saturated core plugs in the Hassler core holder. All core 

samples were aged for 4 weeks at 80
o
C. Oil recovery by spontaneous imbibition was 
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measured by placing oil-saturated cores in specifically designed imbibition cells, which 

filled with either synthetic seabrine (SASW) or surfactant solutions. Negligible amount of 

oil was recovered by spontaneous imbibition in SASW. Then, the SASW was replaced by 

1% surfactant solutions, and imbibition oil recovery was measured.  

The observation during the imbibition process was illustrated in Figure 5-14 and 

Figure 5-15. Small drops of oil were seen either from the top or from the side, 

accumulating, detaching and being collected at the top of imbibition cell. It was observed 

that the oil was emulsified in the imbibition cell with surfactant formulation AKL-523 

(Figure 5-14C and 5-15D). For other three surfactant formulations, there were clear phase 

separation between oil and brine seen in the imbibition cells. 

It is worth mentioning that oil was produced from all open faces in the first few 

hours in the imbibition cell with 1% BTC® 8358 (Figure 5-15A). Then oil was seen to 

produce only from the top after about 1 day. This observation indicates that initially, both 

countercurrent and concurrent imbibition are mechanisms for oil production for a high 

performance wettability alteration agent like BTC® 8358. Concurrent imbibition then 

became the dominant process in the later oil production stage. For the other three 

formulations, the appearance of oil on the top face rather than the sides of the core 

suggested that the displacement was dominated by buoyancy rather than countercurrent 

capillary imbibition. The oil recovery as a function of time is shown in Figure 5-16. 

The AKL-523 formulation produced 54.7% OOIP oil recovery in 2 weeks. 1% 

IMP formulation achieved about 33% OOIP oil recovery in 2 weeks, while the oil 

recovery from 1% BTC8538 reached 56.4% OOIP oil recovery in 2 weeks. The 

surfactant mixture of 0.5% IMP + 0.1% BTC 8358 achieved 46% OOIP, which was an 

extra 13% OOIP compared with the oil recovery from the IMP formulation (i.e. case B in 
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Fig. 5-13). The hypothesis that surfactants with wettability alteration and IFT reduction 

have a synergistic effect on imbibition oil recovery was verified as true in this case. 

Possible factors affecting the difference in oil recovery include permeability, 

relative permeability, initial oil saturation, phase density, and condition of wettability. To 

make a reasonable conclusion from this test, we should perform a dimensionless analysis, 

also called scaling analysis of imbibition, which will be addressed in the later section.   

5.4.2 Imbibition Studies in the Silurian Dolomites 

Due to the lack of good quality field core samples, imbibition tests were usually 

started on outcrop rocks, mainly Silurian dolomite cores in this study. Some promising 

surfactant candidates, selected from the tests on the outcrop rocks, were further tested on 

the field cores for their performances on imbibition oil recovery.   

5.4.2.1 Imbibition Experiments 

From the studies of contact angle measurements and aqueous stability at high 

temperature and hard brine condition, we selected the following surfactant formulations:  

1) Cationic surfactant candidate: BTC® 8358;  

2) Nonionic surfactant candidate: Ethomeen T/25;  

3) Anionic surfactant candidate: Enordet® A092.  

4) AKL-523 and AKL-531 were selected as candidates because of their 

capabilities to render extremely low IFT;  

5) IMP formulation because of its strong foaming ability which was needed for 

specific EOR purpose in fractured reservoirs.  

The imbibition tests on initially oil-wet Silurian dolomites with all these 

surfactant candidates were performed and the oil recovery was plotted on the same figure 
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for the convenience of comparison (Figure 5-17). The properties of the dolomite cores 

and the experimental conditions are listed in Table 5-6 and 5-7. 

 By imbibition, the surfactant formulation 0.25%A092 + 2.5%EDTA.4Na + S-

SASW produced 69.7% OOIP in less than 10 days, dropping residual oil saturation to Sor 

= 0.238. Also, the ultimate oil recovery and imbibition rate for this surfactant formulation 

are obviously larger than all others. This surfactant formulation was determined to be a 

strong wettability alteration agent, and its IFT of O/W was reported to be ~0.03 mN/m 

(Table 5-10). The coupling of wettability alteration and low IFT made the surfactant 

formulation stand out as the best, not considering the costs at this moment. 

The other two high-performance wettability alteration agents are BTC® 8358 and 

Ethomeen® T/25. They recovered oil by 56.4% OOIP (Sor = 0.351) and 56.1% OOIP (Sor 

= 0.325), respectively. For the other three surfactants without altering wettability, 1% 

AKL-523 and 1% AKL-531 produced oil by 54.7% OOIP (Sor = 0.346) and 51.7% OOIP 

(Sor = 0.338), while 1% IMP recovered only 33% OOIP, leaving a high residual oil 

saturation, Sor =0.512. From the data of ultimate oil recovery and residual oil saturation, 

we might conclude that wettability alteration agents win the competition against low IFT 

surfactant formulation in Silurian dolomites.  

5.4.2.2 Scaling of Imbibition Tests 

In addition to the ultimate oil recovery, production rate (a.k.a. imbibition rate) and 

cost are two important factors used to make a fair comparison between surfactant 

formulations. The imbibition rate was a function of formation permeability, initial oil 

saturation, wettability condition, phase viscosity, core dimensions and so on. Capillary 

forces and gravity forces are two contributing forces in the imbibition process. To fully 
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understand the processes of low IFT imbibition or drainage, inverse Bond number NB
-1

 

and dimensionless time tD,g for each imbibition test were computed.  

The values of NB
-1

 vary from 0.006 to 0.3 (Table 5-10), except the surfactant 

BTC
®

 8358 (NB
-1

=6.4). Capillary forces are dominant for NB
-1 

>5 and gravity forces are 

dominant for NB
-1 

1. In the intermediate range, 1
0.2 5

B
N


  , both capillary and 

gravity forces can be active in the displacement (Schechter et al., 1994). As a result, to 

simplify the comparisons, the gravity driven oil drainage model was used in the scaling 

analysis. 

The dimensionless time proposed by Hagoort (1980) is given by:  
*
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The cumulative oil recovery is normalized and expressed as a fraction of 

recoverable oil, assuming that the remaining oil saturation at the last measured point is 

the residual oil saturation. The experimental results are compared to Aronofsky model,  
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All the parameters involved in this equation were described in the literature 

review chapter. Aronofsky empirical function was proposed to describe matrix/ fracture 

mass transfer. It is commonly used and achieves good matching with the imbibition oil 

production. The normalized oil recovery versus dimensionless time was presented in 

Figure 5-18.  

Most of oil recovery curves are collapsed into one curve except two wettability 

alteration surfactants Enordet® A092 and BTC® 8358. The imbibition rate with 

surfactant Enordet® A092 is about 1 order of magnitude larger than all others. BTC
® 

8358 recovered oil in a faster rate initially than low IFT surfactants, but joins into the 
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collapsed curve later. The observation of imbibition rates is quite instructive, but 

definitely needs further interpretation. The discussion in detail will be addressed in 

Chapter 6. A simple explanation about this phenomenon is clarified below.  

Negative capillary pressure exists between the aqueous phase in oil-wet Silurian 

dolomite core with the bulk brine solutions outside of the core. Low IFT surfactant 

reduces negative capillary pressure to nearly zero when O/W IFT drops to ultra-low. 

Then gravity force dominates after NB
-1

 drops to less than 1. However, IFT reduction in 

the initial stage is quite slow since it’s controlled mainly by surfactant molecule diffusion 

and interfacial tension gradient (a.k.a. Marangoni effect). In the case of high performance 

wettability alteration surfactant, when the surfactant is exposed to oil-wet core, capillary 

pressure is changed from negative pressure to positive value. The surfactant imbibition is 

driven by positive capillary force, not only molecule diffusion. Hence in general, a high 

performance wettability alteration surfactant has a higher imbibition rate, at least higher 

in the initial stage, than that low IFT drainage surfactant in general. 

It should be noted that the scaling of gravity-driven imbibition or drainage 

proposed by Hagoort (1980) does not take into account varying wettability and IFT. The 

scaling also assumes the displacing phase to be inviscid. The knowledge helps explain the 

poor matching between Aronofsky empirical function and the experimental data.  

5.4.3 Imbibition Studies in the Field Dolomites 

As mentioned earlier, we had a limited number of good quality core plugs from 

the field. The imbibition studies carried on the field cores were very challenging since 

core samples were needed to be cleaned and re-used for multiple times. Great efforts 

were made to obtain a consistent wettability and initial phase saturation in the same core 

sample. 
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5.4.3.1 Imbibition Experiments  

The reservoir of interest was highly fractured and overall reservoir permeability 

from well testing was above 1 Darcy. The presence of naturally well-connected fractures 

in the core resulted in the difficulty in the core manipulation and core saturation. For 

simplicity, the core plugs prepared for imbibition did not contain any observable 

fractures.  

After selection based on no observable fracture criteria, the absolute 

permeabilities of core samples usually fell into the range of 3md~40md, with the 

exception of cores named N17, N18 and one whole core 16A1-1. The initial 

permeabilities of N17 and N18 were above 130 md, and the whole core 16A1-1 was 

around 100md. Totally 11 imbibition tests were performed in the field cores. In order to 

make the imbibition oil recover curves presentable, two categories of core sample were 

intentionally assigned. Cores N17 and N18 were grouped into high permeability core. 

Whole core 16A1-1 was grouped into low permeability field core with 21A1-2, 21A2-1, 

and 22A1-1, just for convenience of comparison. Again, the properties of the field core 

samples and experimental conditions are listed in Table 5-8 (low perm group) and Table 

9 (high perm group). 

In Figure 5-19 and Figure 5-20, the imbibition oil recovery curves for low 

permeability core samples and high permeability core samples are presented, 

respectively. We observed some different phenomena in the field core compared with the 

imbibition tests in Silurian dolomite cores. 

1)  The ultimate oil recovery by imbibition (wettability alteration surfactants) or 

gravity drainage (only IFT reduction) in the field cores fell into the range of 25%-40% 

OOIP, although all these surfactant formulations survived after tedious screenings: 

aqueous stability, contact angle measurements, and imbibition tests on Silurian 
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dolomites. The poor performance of oil recovery in field cores by surfactant-assisted 

imbibition and drainage attributes to the unfavorable pore structures: higher aspect ratio 

of pore body/throat, slower mass transfer between matrix and some vugs, tight matrix and 

not well-connected vugs, etc. 

2) In general, ultralow IFT surfactant formulations achieved similar oil recovery 

with wettability alteration surfactant formulations, while the highest ultimate oil recovery 

was still from wettability alteration surfactant formulations. Surfactant formulation of 

0.2% BTC8358 (+0.02% A092) produced oil cumulatively by 41.1% (Sor = 0.451), and 

surfactant formulation of 0.25% A092+ 0.5%EDTA +Softened SASW recovered 45.73% 

OOIP, leading to Sor=0.415. However, larger ultimate oil recovery does not necessarily 

correspond to smaller Sor. This is an artificial problem originating from the inconsistency 

in the initial oil saturation.   

3) The imbibition rates were slightly larger for low IFT drainage process than that 

of spontaneous imbibition by wettability alteration surfactants. In both Figure 5-19 and 5-

20, 1% AKL-523 induced gravity drainage in the field cores, leading to a higher 

imbibition rate, than that of wettability alteration surfactants (like BTC® 8358 and 

Enordet® A092 in SASW). It conflicts with the observations from the imbibition tests on 

Silurian dolomite cores and needs further investigation. 

To fairly compare all imbibition test results from field cores, scaling of gravity-

driven imbibition or gravity drainage is necessary.  

5.4.3.2 Scaling of Imbibition Tests  

We followed the procedures introduced in section 5.4.2.2. First, all values of NB
-1

, 

were determined and shown in Table 5-10. All NB
-1 

values were less than 0.8, except for 

the case of 0.2% BTC8358. For NB
-1

<1.0, gravity forces were sufficient to overcome 
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capillary entry pressure and then free drainage occurred (Schechter et al., 1994). Thus, 

we used scaling law developed by Hagoort (1980) to normalize and compare each 

imbibition test. All the imbibition tests on both the low or high permeability field cores 

are scaled and plotted in Fig. 5-21. A few observations are discussed as following:  

1) The surfactant AKL-207 produced oil at a faster rate than others; the 

imbibition rate was 1 order of magnitude larger than others, which was a quite impressive 

phenomenon. Similarly, the fastest imbibition rate was found on Silurian dolomite core 

with 0.25% A092+2.5% EDTA+S-SASW. The common features between these two 

surfactant formulations were that both had 2.5% EDTA, and both altered wettability 

towards more water-wet. There could be some correlation between imbibition rate and 

wettability and EDTA chemicals. However, systematic studies should be performed to 

generate more useful conclusions. 

2) The normalized imbibition oil recovery curves of the field cores in Figure 5-

21 seem to be more dispersed than those of Silurian dolomite cores. Also, the Aronofsky 

empirical function barely matched the oil recovery curves. As mentioned before, the 

dimensionless time of tD,g did not take into account of wettability and IFT. The huge 

separation of oil recovery curves indicated the inaccuracy of the scaling method by 

dimensionless time and the inaccuracy of using a single parameter Aronofsky function. 

Chapter 8 will be dedicated to improving the scaling method.   

5.4.4 Residual Oil Saturation vs. Bond Number 

It generally holds true that viscous force is negligible compared with capillary 

force and gravity force, in a spontaneous imbibition or gravity drainage. The capillary 

force and gravity force are main driving forces in the imbibition and drainage without 

forced displacement. 
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5.4.4.1 Sor vs. Macroscopic NB
-1

 

The residual oil saturations in the field dolomite cores after completing imbibition 

processes are in the range of 0.38~0.6, while in Silurian dolomites Sor = 0.2~0.6. The Sor 

after spontaneous imbibition is significantly higher than Sor typically observed in the 

coreflood experiments using the similar surfactant formulation, especially for those 

optimized ultralow IFT surfactant solutions. Viscous force does not play an important 

role in low IFT imbibition and drainage process. On the other hand, the gravity plays an 

important role in the low IFT assisted spontaneous imbibition and gravity drainage, while 

capillary force plays a critical role in spontaneous imbibition when IFT is not that low. 

To understand the physics behind high Sor, it is helpful to calculate the inverse Bond 

number for each surfactant imbibition test, and then establish the correlation between Sor 

and NB
-1

.  

There are quite a few definitions in the literature for the inverse Bond number, 

either microscopically or macroscopically. The definition of NB
-1 

from Schechter (1994) 

was used, and the expression for NB 
-1 

was given by  
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where C is dimensionless constant for capillary tube model (C=0.4). Table 5-10 lists all 

the parameter values needed to calculate NB
-1 

in each surfactant imbibition test. The 

correlation between Sor and NB
-1

 is shown in Figure 5-22. Here, if the surfactant alters the 

wettability to water-wet, then we call the oil recovered by imbibition since water is 

wetting phase. If the surfactant does not alter the wettability or alters wettability to 

intermediate wet, we treat both processes as drainage. 

The gravity drainage takes place when gravity forces overcome the reduced 

capillary forces at the low IFT. For drainage process, the residual oil saturation decreases 
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when NB
-1

 < 1, and drops even faster when NB
-1

 < 0.1 (Figure 5-22). In the spontaneous 

imbibition, non-wetting oleic phase is trapped by snap-off mechanism when NB
-1

 is above 

1. Immediately after NB
-1

 <1, the residual non-wetting phase saturation declines sharply. 

At the same NB
-1 

value, the residual oil saturation is lower in the low-IFT imbibition than 

in the low-IFT drainage (Fig. 5-22).  

Schechter et al. (1994) developed an analytical solution to relate the remaining 

wetting phase saturation (RW) to inverse Bond number NB
-1

, which is only valid for the 

gravity drainage. The expression is given by integration of inverse form of Leverett J 

function: 

1

1

1 ( )
BN

W B
R N S J dJ

 
  

  
  ……………………………………………………….… (5-5) 

Taking the data from this work and the data from Schechter et al. (1994), Figure 

5-23 is generated (Lopez-Salinas, 2012). The plot uses the product of recovery and Bond 

number in the ordinate, and the inverse Bond number in the abscissa. The correlation 

shown in Fig. 5-23 is amazingly well. The regression analysis gave the correlation as:  
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This equation can be used to estimate the remaining wetting phase saturation, 

when wetting fluid is displaced by non-wetting fluid in an imbibition cell. 

5.4.4.2 Sor vs. Microscopic NB 

In sandstone formations under waterflood condition, an increase in capillary 

number to around 10
-3

~10
-2

 is typically sufficient to desaturate remaining oil (Stegemeier, 

1974; Abrams 1975; Lake, 1989). However in carbonates, the scant capillary desaturation 

curve (CDC) data has suggested a less rapid desaturation with no, well-defined critical 

capillary number (Kamath, et al., 2001, Levitt D., et al., 2013). The wide pore size 
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distribution and tendency for carbonates to be oil-wetness contribute to the drawn-out 

form of the CDC.  

Trapping number defined in UTCHEM is to integrate the effects of both gravity 

and viscous forces (UTCHEM manual). The dependence of Sor on IFT is modeled in 

UTCHEM as a function of the trapping number. The trapping number formulation in two 

dimensions is given as: 
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Since viscous force can be neglected in spontaneous imbibition and drainage, we 

assume trapping number equals to the microscopic Bond number, i.e. 
T B

k g
N N






  . 

The parameters in bond number calculation are presented in Table 5-10. The residual oil 

saturations after each spontaneous imbibition or drainage process versus Bond numbers 

are shown in Figure 5-24. As expected in the oil drainage, Sor of the Silurian dolomite 

cores and the field dolomite cores continues to drop while Bond numbers increases, with 

no definitive critical trapping number. The residual oil saturation drops to 0.34 when 

trapping number is around 10
-4

. In our experiments, the increase of trapping number was 

because of the low IFT surfactants. As to imbibition process with the aid of wettability 

alteration surfactants, it does exist a critical trapping number NT ≈ NB ~ 10
-6

. 

The trapping number reflects the microscopic trapping and trapped oil 

remobilization conditions during displacement. In the spontaneous imbibition, oil is non-

wetting phase and can be trapped by capillary snap-off mechanism. Trapped oil can be 

recovered only when gravity dominates capillary force. Thus, there must be a critical 
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Bond number (gravity/capillary ratio), above which oil starts to produce again. For 

drainage process, oil is wetting phase and also continuous phase. The oil production is 

continuous while the Bond number increases. No critical NT is found, and also should not 

be possible to exist. 

5.5 EFFECT DIVALENT ION SCAVENGERS ON WETTABILITY ALTERATION 

5.5.1 Scavenger promotes surfactant-mediated spontaneous imbibition 

In detergent industry, builders enhance or maintain cleaning efficiency of the 

surfactant. Builders are water softeners, which remove calcium or magnesium cations by 

chelation or precipitation. Typical builders are sodium carbonate, chelating agents, and 

zeolites. They function by sequestering or precipitating the problematic ions. Some 

builders can also supply and maintain alkalinity, which bring in the extra benefits to 

surfactant efficiency. 

From the studies described in Section 5.3, we concluded that two essential 

prerequisites must be met for an anionic surfactant to be a high performance wettability 

alteration agent: the surfactant capable to alter wettability; and the surfactant liberates 

from hardness ions. By performing contact angle measurements on the calcite plates, two 

divalent ion scavengers EDTA.4Na and NaPA, were selected in order to promote 

surfactant’s efficiency in wettability alteration. EDTA.4Na, as a chelating agent, mainly 

sequesters divalent cations. As a comparison, NaPA, as a scale inhibitor, removes the 

effect of divalent cations mainly through crystal growth inhibition. Hence both chemicals 

effectively reduce the free form of divalent cations in the aqueous solution. 

The scavengers were tested with anionic surfactant formulations to enhance 

imbibition oil recovery in Silurian dolomite cores. The core properties and experimental 

conditions are listed in Table 5-6. Figure 5-25 compares two surfactant formulations with 
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or without EDTA.4Na. The contact angle was close to 90
o
 in the formulation of 

surfactant only, while the contact angle dropped to below 80
o
 with the addition of 2.5% 

EDTA.4Na in surfactant formulation. It indicates that wettability was altered towards 

more water-wet condition by the usage of EDTA.4Na in core-scale experiments. The 

surface mineral dissolution was clearly seen in Figure 5-25B. Average size of oil droplets 

on the top surface was reduced dramatically, which implies the O/W IFT was greatly 

reduced by addition of EDTA.4Na in the surfactant formulation (Hirasaki, et al., 2003).  

A mechanistic study of the role of EDTA in the spontaneous imbibition was 

carried out to resolve the following issues: 

1) Does the chelation ability of EDTA contribute to the imbibition oil recovery? 

2) Does the alkalinity of EDTA contribute to the imbibition oil recovery? 

3) Does EDTA-triggered mineral dissolution contribute to the EOR? 

EDTA has a very strong chelating capability at pH ranging from 4-12, while 

effectiveness of the chelation reduces towards more acidic conditions, due to the 

decreasing deprotonated formation. As illustrated in Figure 5-26, in the presence of 

EDTA (pH7.0), oil recovery by 0.25% Enordet
®

 A092 in SASW increased to 36.8% 

OOIP compared to the imbibition oil recovery by A092 in SASW without EDTA (16.9% 

OOIP). Because of neutral pH conditions, the experiments imply that EDTA enhanced 

spontaneous imbibition by its chelation of hardness ions in the surfactant solution. A 

subsidiary evidence to this was that A092 in the softened brine recovered 33.8% OOIP, 

which was double than the oil recovery of 16.9% OOIP by surfactant +hard brine.   

To answer the second question related to the alkalinity, we compared the 

imbibition rates and ultimate oil recovery in the presence of EDTA.4Na or Na2CO3. In 

order to accommodate Na2CO3, we used the softened SASW (S-SASW) instead of the 

hard brine. Compared with no alkali (green triangle), the imbibition rates by using alkali 
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EDTA or Na2CO3 in the surfactant solution were dramatically increased. EDTA.4Na 

(pH10.0) contributed to the extra 40%OOIP oil recovery, while Na2CO3 resulted in 

additional 20%OOIP. The extra benefit from EDTA.4Na has to be related to its chelation 

ability and its lower IFT. It’s arguable that the amount of 2.5% EDTA.4Na might not be 

fair to be compared with only 1% Na2CO3 in this study. Hence, a more carefully designed 

experiment is necessary to distinguish the mechanisms of EDTA and Na2CO3. As a brief 

summary, EDTA.4Na enhances surfactant-mediated spontaneous imbibition, by its 

chelation ability and alkalinity. The third question on the EDTA-triggered mineral 

dissolution is discussed in the next section. 

A scaling inhibitor, sodium polyacrylate (NaPA) was observed to strongly 

enhance spontaneous imbibition as well. The pH of all surfactant solutions was adjusted 

to neutral to exclude the effect of alkalinity. In the softened brine, 1% NaPA recovered 

additional 20% OOIP with 0.25% A092 surfactant, comparing with the formulation 

without NaPA (Figure 5-27). In the hard brine (containing 1342ppm Mg
2+ 

and 480mm 

Ca
2+

), 1% NaPA was not sufficient to enhance oil recovery, while 4% NaPA produced 

additional 24% OOIP, comparing with that of surfactant only (in hard brine). It implies 

that the amount of NaPA must be sufficient to remove the effect of divalent ions, in order 

to reactivate the wettability alteration efficiency. It is very strong evidence that divalent 

ion scavengers, like EDTA and NaPA, are indispensable for the anionic surfactant 

formulation to achieve high performance in the imbibition oil recovery.   

The mixing between injection brine with formation water (consisting of 3880 ppm 

Ca
2+

, and 145ppm Mg
2+

) has always been an important issue in the design of a surfactant 

flooding or spontaneous imbibition. Some surfactant formulations tested in the above 

experiments are based on the softened SASW. The imbibed surfactant solution mixed 

with formation brine in-situ during imbibition, the surfactant efficiency dropped. As a 
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result, small amount of chelating agent, such as ~1% NaPA was still necessary in the 

formulation based on the softened SASW. It was assumed that the total amount of 

chelating agents and surfactants in the bulk solution were more than needed to 

compensate the consumption during the imbibition. We did not study the consumption of 

chelating agents in the imbibition in this study. However, it is an important question to be 

resolved in order to scale up this process to reservoir scale.  

5.5.2 Chelating Agent Promotes Mineral Dissolution in Carbonates 

As discussed in the previous section, mineral dissolution was observed when 

EDTA.4Na was used to enhance surfactant-mediated spontaneous imbibition in the 

dolomite cores. Especially at elevated temperature, the dissolution kinetics of dolomite 

mineral in water is increased (Zhang et al., 2007). 

The direct evidence of EDTA-promoting dolomite dissolution is shown in Figure 

5-28. A Silurian dolomite core was crushed and sieved to 35 meshes (particle size < 

500um), then 2 grams of powder was incubated with 8 grams of three different brine 

solutions in the 100
o
C oven. After 6 hours incubation, the calcium ion concentration was 

measured by ion chromatography to quantify the mineral dissolution of dolomite.  

Since Ca
2+

 was not presented in softened brine initially, the Ca
2+

 detected in the 

suspension should be from the dolomite powder. The Ca
2+

 concentration measured in 

EDTA-treated dolomite suspension was markedly high (371.1 ppm) compared with 

39.4ppm of Ca
2+

 found in suspension with the softened SASW. Na2CO3 inhibits the 

dissolution of dolomite, as indicated by the negligible amount (< 1ppm) of Ca
2+

 in the 

suspension of Na2CO3-treated dolomite sample. 

The dynamic flow tests were conducted in Silurian dolomite core by injection of 

four different brine solutions: soften brine (S-SASW), 0.4% sodium triphosphate in S-



 163 

SASW (pH9.6), 0.4% EDTA.4Na in S-SASW (pH7.0), and 0.4% NaPA in S-SASW 

(pH8.52). The injection rates were managed to obtain different residence times, in order 

to study the effect of residence time on the dissolution of dolomite mineral (Figure 5-29). 

We found that: 1) Dolomite mineral dissolution yielded more Ca
2+

 in suspension than 

Mg
2+ 

for all the cases; 2) The mineral dissolved efficiently in all the injection solution, 

occurring even within 4.2 minutes residence time; 3) EDTA.4Na induced dolomite 

mineral dissolution most efficiently and most severely; and the dissolution was not 

dependent on the residence time. The calcium ion concentration in the effluent was up to 

350 ppm, which was consistent with the result from the static dissolution test. 4) Both 

NaPA and sodium triphosphate promoted mineral dissolution effectively, in a weakly 

time-dependent manner. The calcium ion concentration was measured to be about 

maximum 100 ppm and 140 ppm in the effluents, respectively. 5) Even the injection of 

the softened brine promoted the mineral dissolution; calcium concentration was measured 

up to 40 ppm, which was consistent with the static dissolution test.       

When the surfactant-enhanced spontaneous imbibition tests ceased, we measured 

Ca
2+

/Mg
2+

 concentration in the bulk solution in the imbibition cell. This measurement 

gave out the direct evidence of mineral dissolution during the process of imbibition. The 

measurement results are shown in Table 5-11. The surfactant solution was initially made 

in SASW or SSASW as indicated in each formulation listed in Table 5-11. The SASW 

contains 1342ppm Mg
2+

 and 480ppm Ca
2+

, while S-SASW contains zero concentration of 

both divalent ions. The elevated concentration of either Ca
2+

 or Mg
2+

 compared with 

initial concentration in bulk surfactant solution indicates the occurrence of dolomite 

dissolution. The dramatic dissolution was observed in dolomite core SD-7-1 with the 

surfactant formulation based on softened SASW: 0.25% A092+S-SASW+2.5% EDTA, 

pH10.0. The existence of 333.8 ppm Mg
2+

 and 1941.2 ppm Ca
2+

 in the bulk surfactant 
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solution strongly indicated the massive dissolution occurred during the imbibition. The 

highest oil recovery was achieved, in coincident with highest dissolution this this rock-

surfactant solution pair.  

However, the correlation of imbibition oil recovery with the extent of mineral 

dissolution is inconclusive. It is impossible to distinguish the dissolution inside or outside 

of the core sample. The massive dissolution on the surface of core does not contribute 

very much to the ultimate oil recovery. Thus, the question #3 in the last section “Does 

mineral dissolution contribute to enhanced oil recovery?” is still unresolved.  

5.5.3 Scavenger Does Not Recover Oil by Itself 

In order to resolve the question #3, static experiment (i.e. imbibition tests) and 

dynamic experiment (core flooding) were conducted to investigate the effect of divalent 

ion scavengers on oil recovery without the aid of surfactants.   

The sequestration agents, 4% NaPA or 2.5% EDTA in SASW, are not capable 

initiating spontaneous Imbibition in oil-wet dolomite rocks in 15 days. However, in the 

addition of 1% Enordet
®

 A092 surfactant, the imbibition started quickly and recovered 

more than 53% OOIP in one month. This experiment implied the scavengers were not 

able to propagate into the porous medium by themselves. The scavenger might diffuse 

into the rock matrix, but could not alter the wettability and bring in more fluids by 

capillary forces.  

The dynamic experiment of injection of 5%EDTA+SASW (pH10.0) solution after 

~1PV waterflood (injection of SASW) in Silurian dolomite core was performed. It 

showed that 5% EDTA only weakly enhanced oil recovery in the tertiary mode. The 

elevated Ca
2+

 concentration in the effluent samples indicated the mineral dissolution took 

place inside the core sample (Figure 5-31). The experiment has clearly indicated that 
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mineral dissolution was the outcome of the usage of scavenger, but not the cause of 

enhanced oil recovery. However, the wettability alteration surfactant is usually less 

efficient in the tertiary mode due to the poor mobility control or some other reasons. 

Hence, even the tertiary mode coreflood is not sufficient to conclude the effect of 

scavengers on oil recovery.  

5.5.4 Possible Mechanisms of Scavenger-Enhanced Wettability Alteration 

Anionic surfactant molecules form a monolayer on rock mineral surface through 

the hydrophobic interaction with the adsorbed crude oil components (Standnes and 

Austad, 2000), which implies that the availability of surfactant monomer is crucial to the 

extent of wettability alteration. Without the intervention by divalent cations, the micelles 

of anionic surfactant are the source of monomers. In the presence of divalent cations, 

anionic surfactant molecules establish a new equilibrium between three states of 

surfactant molecules: 1) Divalent ions bind to micelles (Talens, 1998); 2) Formation of 

precipitate with surfactant molecules if solubility product is reached; 3) Divalent ions act 

as a clamp between two surfactant ions, thus inducing properties commonly associated 

with dimeric surfactants (Figure 5-32). Even the surfactant dimer can adsorb onto the 

mineral surface, the hydrophilic polar end might be masked by calcium because of its 

enhanced hydrophobicity by forming calcium surfactant. Because calcium or magnesium 

surfactants possess limited solubility product Ksp, the high amount of divalent cations 

prohibits the release of surfactant monomers. The divalent cation scavenger liberates the 

surfactant from binding of Mg
2+

/Ca
2+

. The reduced concentration of free Mg
2+

/Ca
2+ 

in the 

aqueous phase allows the increase of the concentration of surfactant monomers, which 

promotes the surfactant-adsorption based wettability alteration.  
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In comparison, the ionic bonding between calcium and surfactant micelles does 

not alter micelles-induced IFT reduction, because the micelles are still capable to 

solubilize hydrocarbons and transform into micro-emulsion droplets. The presence of 

divalent ions only changes the surfactant properties like the optimum salinity, and 

maximum solubilization capacity, corresponding to minimum of the interfacial tension. 

The scavengers don’t recover oil by itself, although the mineral dissolution intrigued by 

scavengers promotes wettability alteration. The experiments in this work have shown that 

the dissolution is the effect, not the cause of wettability alteration.  

5.6 CONCLUSIONS 

In this chapter, we developed surfactant formulations which recovered oil from 

the oil-wet dolomite cores. One cationic surfactant BTC® 8358, one nonionic surfactant 

Ethomeen® T/25, one anionic surfactant Enordet® A092, and a few ultra-low IFT 

surfactant formulations were selected as promising candidates for wettability alteration  

since they were thermally stable in hard brine at elevated temperature, and reduced 

contact angle and improved imbibition oil recovery. Experiments have shown that oil can 

be recovered from the oil-wet Silurian dolomites either by capillarity driven imbibition 

(e.g. BTC
®

 8358, 56.4% OOIP), gravity-driven imbibition (Enordet® A092-derived 

formulations, up to 69.7% OOIP), or low tension-aided gravity drainage (IMP, AKL-523 

and AKL-531, up to 54.7% OOIP). 

The cumulative oil recovery from the initially oil-wet Silurian dolomite by 

spontaneous imbibition is higher than that from the field dolomite cores. The difference 

of oil recovery in average is about 20% OOIP, which is mainly attributed to favorable 

pore structure, such as smaller vuggy porosity. In both types of dolomite rocks, the 

residual oil saturation after gravity drainage is approximately 10~20% higher than 
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gravity-driven imbibition when two processes have the same trapping number NT, as 

indicated in the capillary desaturation curve (CDC). It strongly implies the wettability 

alteration contributes to the ultimate oil recovery. A critical trapping number was 

presented in the CDC, where wettability alteration is involved. In gravity drainage, oil 

remains to be a wetting phase, and Sor continues to decrease when Bond number 

increases. 

We proposed a hypothesis that the presence of a sufficient amount of divalent ion 

scavengers in the anionic surfactant formulation reduces the free divalent cations in hard 

brine, which then promotes the release of surfactant monomers from the micelles and 

enhances wettability alteration by surfactant adsorption. Without anionic surfactant, the 

scavengers by themselves are not able to recover oil either by spontaneous imbibition, or 

by a tertiary mode core flood. The divalent ion scavenger triggers mineral dissolution in 

the single phase flow and also in multi-phase flow in the dolomite cores, which does not 

significantly contribute to the imbibition oil recovery directly.  
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Table 5-1: Experimental data collected in Amott-Harvey Index measurements 

Procedures Fragment Volume (ml) Index 
Amott Harvey 

Index 

Spontaneous 

Water Imbibition  
AB Vosp=0.33 Water Index 

=0.33/(0.33+0.91) 

=0.266 
Amott Harvey Index 

=Water Index-Oil 

Index = -0.178  

 

“Weakly Oil wet”  

Forced Water 

Imbibition 
BC Vocentri=0.91 

Spontaneous Oil 

Imbibition 
CD Vwsp=0.20 Oil Index 

=0.20/(0.20+0.25) 

=0.444 Forced Oil 

Imbibition 
DA Vwt=0.25 

 

 

Table 5-2: Molar composition (mol/L) of SASW and modified brines. 

Brines Na+ Ca
2+

 Mg
2+

 Cl
-
 SO4

2-
 TDS(g/L) 

SASW 0.53 0.012 0.055 0.597 0.034 38.435 

SASW0Ca0Mg 0.732 0 0 0.664 0.034 43.662 

SASW0Ca 0.566 0 0.055 0.609 0.034 39.209 

SASW0Mg 0.696 0.012 0 0.652 0.034 42.888 
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Table 5-3: Summaries of aqueous stability and wettability alteration screening for surfactant Enordet
®

 A092 @100
o
C 

 Test-1 Test-2 Test-3 Test-4 Test-5 Test-6 Test-7 Test-8 Test-9 Test-10 

Enordet A092 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 

Hard brine or 

Softened Brine 
SASW SASW SASW SASW SASW SASW SASW S-SASW S-SASW S-SASW  

Chelating agents  
1.0% 

EDTA 

2.5% 

EDTA 
1%NaPA 1%NaPA 4%NaPA 

2.5% 

Metaborate 
 

1.0% 

Na2CO3 

2.5% 

EDTA 

pH 7.0/ 10.0 9.5 10.0 9.65 6.88 6.88 10.0 7.0 10.0 10.0 

Aqueous 

Stability @R.T. 
Clear Clear Clear Clear Clear Clear Precip Clear Clear Clear 

Aqueous 

Stability @100C 

In pH7.0, Clear; 

In pH10, Precip 
Precip Clear Clear Clear Clear Precip Clear Clear Clear 

Wettability 

Alteration* 
Poor (@pH7.0) N/A** 

Inter-

mediate 
N/A** Poor Good N/A** Good Excellent Excellent 

*Evaluation of wettability alteration based on the performance of contact angle reduction: Excellent (θ < 50
o
); Good (θ < 75

o
); 

Intermediate (105
o
 > θ > 80

o
); Poor (θ > 105

o
).   **N/A: Experiment was not done yet.  
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Table 5-4: Summaries of aqueous stability and wettability alteration for surfactant formulations derived from AKL-523 @100
o
C. 

Composition AKL-523 AKL-523-1 AKL-523-2 AKL-523-3 AKL-523-4 AKL-523-5 AKL-523-6 AKL-523-7 

C28-25PO-

25EO 
0.5% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 

Petrostep
® 

S2 0.5% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 0.25% 

Brine 
100%SASW

+16.5% FB 

100%SASW

+16.5% FB 

100%SASW

+16.5% FB 

150% S-

SASW 

150% S-

SASW 

150% S-

SASW 

150% S-

SASW 

100%SASW

+16.5% FB 

Chelating 

Agents 
- 2.0% EDTA 5.0% EDTA - 1.0%EDTA 5% Citrate 

0.05% 

NaOH 
5% Citrate 

pH 7.0 10.0 10.0 6.7 10.0 10.0 10.0 10.0 

Aqueous 

stability 
Pass Fail Pass Pass Pass Pass Pass Fail 

Wettability 

Alteration 
No No Yes No Yes Yes No No 
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Table 5-5: The compositions and results of phase behavior study for five ultra-low IFT surfactant formulations 

 AKL-207 (120
o
C) AKL-412 (100

o
C) AKL-523 (100

o
C) 

(or AKL-493) 

AKL-531 (120
o
C) IMP (1%) foaming 

Surfactant 0.25% Isofol C32-7BO-

7PO-55EO Sulfate + 

0.25% Isofol C20-7PO-

10EO sulfate 

0.5% C24-25PO-

56EO 

0.5% C28-25PO-

25EO 

0.5% C28-45PO-

60EO 

0.4545% C16-18 AOS 

Cosurfactant 0.5% C20-24 IOS, 

0.25%MA-80 (cosolvent) 

0.5% C19-23 IOS 

(0342H) 

0.5%Petrostep S2 0.5%Petrostep S2 0.5% Coca-Betaine + 

0.0455% DTAB  

Chelating agent 2.5%EDTA - - - - 

Optimum Salinity 28000ppm 38,000ppm 57,000ppm 38000ppm 38000 ppm 

Oil Type Crude Diluted Diluted Oil Diluted Oil N/A 

Temperature, 
o
C 120 100 100 120 100 

pH 10.0 7.0 7.0 7.0 7.0 

Opt. Sol. Ratio 2.5 20 12 9 N/A 

CSEL, CSEU 26,600~34,200ppm 34,000~45,000ppm 54,000~58,000ppm 34,200~50,000ppm N/A 

 

 

 

 

 

 



 172 

Table 5-6: Silurian Dolomite Core Properties, Spontaneous Imbibition Experimental Conditions and Results (1) 

 SD-2 SD-4 SD-6 SD-10-1 SD-10-2 SD-7-1 SD-7-2 SD-18 

Length, cm 7.58 6.94 5.03 7.30 7.07 8.81 8.96 7.7 

Diameter, cm 3.81 3.81 3.81 3.80 3.80 3.80 3.80 3.80 

Porosity, % 17.34 15.35 16.97 21.9 21.9 16.97 16.97 16.1 

Pore Volume, ml 14.814 12.09 9.753 23.85 23.10 17.08 17.38 14.05 

Permeability, md 74.6 74.6 152.4 360 360 168 152.4 100 

Oil Volume 10.8 8.81 7.58 15 14.53 13.27 13.51 10.4 

Crude Crude Crude Crude Crude Crude Crude Crude Diluted 

Soi, PV 0.729 0.729 0.784 0.829 0.830 0.784 0.784 0.74 

Sorc, PV 0.606 0.461 0.535 0.441 0.388 0.238 0.413 0.325 

Surfactants 0.25%A092 0.25%A092 
0.25% 

A092 

0.2% 

BTC8358 

0.25% 

A092 
0.25% A092 

0.25% 

A092 
1% Ethomeen

®
 T25 

Chelating agents - 2.5% EDTA - - 1%NaPA 2.5%EDTA 1%Na2CO3 - 

Brine SASW SASW S-SASW S-SASW S-SASW S-SASW S-SASW SASW 

pH 7.0 7.0 7.0 7.0 7.0 10.0 10.0 7.0 

Duration, days 19 33 20 13.5 26.7 20 20 39.1 

Imbibition R.F., 

%OOIP 
16.9 36.8 31.7 46.8 53.2 69.7 47.3 56.1 
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Table 5-7: Silurian Dolomite Core Properties, Spontaneous Imbibition Experimental Conditions and Results (2) 

 SD-11 SD-12 SD-13 SD-14 SD-15 SD-16 SD-17 

Length, cm 7.87 10.36 8.83 10.10 7.39 7.62 7.47 

Diameter, cm 3.80 3.795 3.795 3.795 3.795 3.795 3.795 

Porosity, % 21.9 20.6 16.9 18.9 14.2 16.1 16.15 

Pore Volume, ml 25.72 24.19 16.9 21.64 11.86 13.88 13.65 

Permeability, md 360 168 168 168 52 120 152 

Oil Volume, ml 15.8 22.32 11.83 16.53 8.66 9.99 9.55 

Crude Crude Diluted Diluted Diluted Diluted Diluted Diluted 

Soi, PV 0.810 0.81 0.70 0.764 0.73 0.72 0.70 

Sorc, PV 0.437 0.353 0.418 0.346 0.569 0.384 0.338 

Surfactants 
0.5%IMP+ 

0.1%BTC8358 

1% BTC-

8358 
1%IMP 1%AKL-523 0.25% A092 0.25% A092 AKL-531 

Chelating agents - - - - 1%NaPA 4%NaPA - 

Brine SASW 
SASW+FB, 

57000ppm 

SASW+FB, 

57000ppm 

SASW+FB, 

57000ppm 
SASW SASW SASW 

pH 7.0 7.05 6.5 7.0 7.0 7.0 7.0 

Duration 19 17.6 16.4 17.6 9.2 40.7 42 

Imbibition R.F., 

%OOIP 
46.0 56.4 33.0 54.7 22.1 46.7 51.7 
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Table 5-8: Field Dolomite Core Properties, Spontaneous Imbibition Experimental Conditions and Results (1) 

 21A1-2 (1
st
 use) 21A1-2 (2

nd
 use) 21A1-2 (3

rd
 use) 21A2-1 22A1-1 16A1-1 

Length, cm 7.88 7.88 7.88 4.46 8.08 15.04 

Diameter, cm 3.80 3.80 3.80 3.80 3.80 10.16 

Porosity, % 8.92 8.22 8.22 9.21 9.04 13.0 

Pore Volume, ml 7.98 7.25 7.25 4.66 8.28 158.51 

Permeability, md 39.5 42.0 42.9 3.0 9.5 100 

Oil Volume, ml 5.91 4.25 4.25 3.76 7.04 128.4 

Crude Crude Dilute Diluted Crude Diluted Diluted 

Soi, PV 0.741 0.586 0.586 0.81 0.544 0.81 

Sorc, PV 0.523 0.427 0.39 0.583 0.387 0.521 

Surfactants 0.25% A092 1% AKL-493 1%AKL-523 1% AKL-207 1% AKL-531 0.25% A092 

Chelating agents 2.5% EDTA - - 2.5%EDTA - 2.5% EDTA 

Brine SASW SASW 
100%SASW+ 

16.5%FB 
75%SASW 100%SASW SASW 

pH 10.0 7.0 7.0 10.5 7.0 10.0 

Duration 44 9.5 17 30 31 57 

Imbibition R.F., 

%OOIP 
29.4 27.2 33.3 28.0 28.8 35.7 
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Table 5-9: Field Dolomite Core Properties, Spontaneous Imbibition Experimental Conditions and Results (2) 

 N17 (1
st
) N17 (2

nd
) N18 (1

st
) N18 (2

nd
) N18 (3

rd
) 

Length, cm 4.456 4.456 4.39 4.39 4.39 

Diameter, cm 3.80 3.80 3.80 3.80 3.80 

Porosity, % 15.8 14.3 15.8 14.0 14.3 

Pore Volume, ml 7.96 7.20 7.84 6.98 7.097 

Permeability, md 160 160 121 121 132 

Oil Volume, ml 6.09 3.78 6.0 5.09 3.83 

Crude Crude Diluted Crude Diluted Diluted 

Soi, PV 0.765 0.525 0.765 0.729 0.540 

Sorc, PV 0.451 0.411 0.415 0.547 0.384 

Surfactants 0.2%BTC8358, then 0.2% 

BTC8358+0.02%A092 

1% AKL-523 0.25%A092 0.25%A092 1%AKL-523 

Alkali - - 0.5% EDTA 2.5% EDTA - 

Brine SASW SASW, 

38000ppm 

S-SASW SASW 76%SASW+24%FB, 

57000ppm 

pH 7.0 7.0 10 10 7.0 

Duration 42 4 42 33 6.1 

Imbibition RF, %OOIP 31.2%, then 41.1% 22.9 42.88 24.9 28.87 
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Table 5-10: The experimental values for parameters used in the calculations of NB
-1

 and NB (UTCHEM) 

Core # Soi Sor OOIP% WetAlter? σ (mN/m) Φ k, md H (cm) Δρ (kg/m
3
) NB

-1
 NB (UTCHEM) 

SD-2 0.729 0.606 16.87 no 0.05 0.173 74.6 7.58 133 0.31 3.24E-07 

SD-13 0.764 0.512 32.98 no 0.05 0.189 168 8.83 204.25 0.12 6.73E-06 

SD-14 0.764 0.346 54.71 no 0.003 0.189 168 10.1 204.25 0.006 1.12E-04 

SD-15 0.73 0.569 22.05 no 0.05 0.142 52 7.39 204.25 0.22 3.47E-07 

SD-17 0.7 0.338 51.71 no 0.003 0.162 152 7.47 204.25 0.008 1.02E-04 

SD-4 0.729 0.461 36.76 intermediate 0.03 0.154 74.6 6.94 133 0.19 3.24E-06 

SD-6 0.784 0.535 31.76 intermediate 0.05 0.170 152.4 5.03 133 0.32 6.63E-07 

SD-11 0.81 0.437 46.05 intermediate 0.03 0.219 360 7.87 133 0.09 1.57E-05 

SD-7-1 0.784 0.238 69.70 strong 0.03 0.170 152.4 8.81 133 0.11 6.63E-06 

SD-7-2 0.784 0.413 47.30 strong 0.08 0.170 152.4 8.96 133 0.29 2.49E-06 

SD-10-1 0.829 0.441 46.80 strong 3.0 0.219 360 7.3 133 9.83 1.57E-07 

SD-10-2 0.83 0.388 53.25 strong 0.05 0.219 360 7.07 133 0.15 1.57E-06 

SD-12 0.81 0.353 56.41 strong 3.0 0.206 168 10.36 204.25 6.40 1.12E-07 

SD-16 0.72 0.384 46.67 strong 0.05 0.161 120 7.62 204.25 0.15 8.01E-07 

SD-18 0.74 0.325 56.08 strong 0.5 0.161 120 7.7 204.25 1.50 2.00E-06 

16A1-1 0.81 0.521 35.68 intermediate 0.03 0.13 100 15.04 204.25 0.05 6.68E-06 

21A1-2 0.741 0.523 29.42 intermediate 0.03 0.089 39.5 7.88 133 0.18 1.72E-06 

N18 0.729 0.547 24.97 intermediate 0.03 0.14 121 4.39 204.25 0.15 8.08E-06 

21A1-2 0.586 0.427 27.13 no 0.008 0.081 42.9 7.88 204.25 0.028 1.07E-05 

21A1-2 0.586 0.39 33.45 no 0.003 0.082 42.9 7.88 204.25 0.01 2.87E-05 

21A2-1 0.81 0.583 28.02 no 0.005 0.092 3 4.46 133 0.19 7.83E-07 

22A1-1 0.655 0.387 40.92 no 0.003 0.090 9.5 8.08 204.25 0.023 6.35E-06 

N17 0.525 0.411 21.71 no 0.008 0.143 160 4.456 204.25 0.034 4.01E-05 

N18 0.54 0.384 28.89 no 0.003 0.143 132 4.39 204.25 0.014 8.82E-05 

N17 0.765 0.451 41.05 strong 3.0 0.158 160 4.456 133 20.5 6.96E-08 

N18 0.765 0.415 45.75 strong 0.1 0.158 121 4.39 133 0.80 1.58E-06 
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Table 5-11: Chelating agent EDTA.4Na induces dissolution of dolomites* 

Formulation 
pH 

value 

Bulk solution 

[Mg
2+

], ppm 

Bulk solution 

[Ca
2+

], ppm 

Imbibition 

Oil Recovery 

Core SD-2, 0.25%A092+SASW, 

pH7.0 
7.26 1229.8 628.9 16.9% 

Core SD-4, 0.25%A092+SASW+ 

2.5% EDTA, pH7.0 
7.76 1321.0 709.4 36.8% 

Core SD-7-1, 0.25% A092+S-

SASW+2.5% EDTA, pH10.0 
8.95 333.8 1941.2 69.7% 

Core SD-7-2, 0.25% A092+S-

SASW+1.0% Na2CO3, pH10.0 
9.59 4.1 3.0 47.3% 

Core 21A1-2, 0.5% A092 

+SASW+2.5% EDTA, pH10.0 
8.25 1120.3 723.5 29.4% 

Core 4” 16A, 0.5%A092+SASW 

+2.5% EDTA, pH10.0 
8.07 824.1 1143.8 48.5% 

*Analysis of aqueous samples after spontaneous imbibition was ceased.  

*SASW initially contains 1342ppm Mg
2+ 

and 480mm Ca
2+

. 
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Figure 5-1: A strongly oil-wet calcite (θ>170
o
) immersed in formation brine at 100

o
C. 

 

 

 

 

Figure 5-2: The reservoir core became strongly oil-wet after restoration process. 
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Figure 5-3: Wettability alteration by BTC
®

8358 in SASW at 100°C. (A) Initially oil-wet 

calcite in SASW, contact angle > 160
o
; (B) Wettability altered in 0.2% 

BTC
®

8358 surfactant solution. The average contact angle was about 80
o
.   

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 5-4: Aqueous stability tests of Ethomeen
®

 T/25 Surfactant at 120
o
C (after 15 

days): (A) 5ml Surfactant Solution (0.2% Lauryl-Betaine + 0.2% 

Ethomeen® T/25) + 5ml Crude Oil; (B) Surfactant mixture of 0.2% Lauryl-

Betaine and 0.2% Ethomeen® T/25; (C) 1% Ethomeen® T/25. 

   A     B     C 
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Figure 5-5: 1% Ethomeen
®

 T/25 surfactant solution altered the oil-wet calcite chip 

towards more water wet (100
o
C). 

 

 

Figure 5-6: The phase behavior study of surfactant formulation AKL-207 at 120
o
C. 

(personal communication with Jun Lu at UT CEOR research team). 
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Figure 5-7: Contact angles with varying salinity using AKL-207 surfactant formulation 

(100oC, with crude oil). 

 

 

Figure 5-8. Representative pictures of reducing contact angles on the calcite by AKL-207 

at 100
o
C: 1) In the formation brine for 3 hours; 2) In AKL-207 surfactant 

solution (0% SASW) for 5 mins; 3) In the surfactant solution for 3 hours. 
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Figure 5-9: Contact angle measurements at 120
o
C for 0.25% Enordet A092 in synthetic 

seabrine (SASW) and other modified SASW. Each brine solution was with 

2.5%EDTA, at pH9.2.  

 

Figure 5-10: Formulation 0.25% Enordet A092+ 0.5% EDTA+ S-SASW alters 

wettability of calcite and reservoir rock towards more water-wet.  
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Figure 5-11: Wettability alteration on calcite chips by surfactant Enordet® A092 + NaPA 

in hard brine. (A) Formulation: 0.25% A092+ SASW+1% NaPA (pH6.88); 

(B) Formulation: 0.25% A092+ SASW+4% NaPA (pH6.88). 

 

Figure 5-12:  Wettability alteration by AKL-523 and its derivatives: (A) AKL-523; (B) 

AKL-523-1; (C) AKL-523-2; (D) AKL-523-3; (E) AKL-523-4; (F) AKL-

523-5; (G) AKL-523-6; (H) AKL-523-7. The compositions for all these 

formulations can be found in Table 5-4.  

(A) 

(B) 
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Figure 5-13: The showcases of phase behavior study of surfactant formulations at 100
o
C. 

(A): 1%BTC8358; (B): 1%IMP; (C): 1% AKL-523; (D): 0.5%IMP+ 

0.1%BTC8358. Note: Micro-emulsion phase was found in tube C. 

 

Figure 5-14: Accumulation of oil in the imbibition cells with different surfactant 

formulations (all with 57000 ppm salinity brine). (A): 1%BTC8358; (B): 

1%IMP; (C): 1% AKL-523; (D): 0.5%IMP+0.1%BTC8358. Note: Micro-

emulsion phase was found in imbibition cell C. 

(A) (B) (C)  (D) 
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Figure 5-15: Spontaneous imbibition by surfactants. (A): Imbibition by 1% BTC®8358 

for 1 hours; (B): Imbibition by 1% BTC®8358 for 60 hours; (C) Imbibition 

by 1% IMP solution for 100 hours; (D): Imbibition by 1% AKL-523 for 100 

hours, forming micro-emulsion in the cell. 

 

 

Figure 5-16: Oil recovery by spontaneous imbibition for four surfactant formulations. 
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Figure 5-17: Oil Recovery by spontaneous imbibition in Silurian dolomite core samples.   

 

Figure 5-18: Oil Recovery by spontaneous imbibition as a function of dimensionless time 

for gravity drainage. The Aronofsky model: ,1 exp( 1.0* )D gR R t     
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Figure 5-19: Oil Recovery by spontaneous imbibition in the field core samples. 

 

Figure 5-20: Oil Recovery by Imbibition in High Permeability Field Core Samples. 
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Figure 5-21: Oil recovery by spontaneous imbibition as function of dimensionless time 

for gravity drainage. Aronofsky model fitting: ,1 exp( 3.4* )D gR R t    . 
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Figure 5-22: The residual oil saturation vs. NB
-1

 in vuggy dolomites. Drainage: negligible 

wettability alteration, e.g. oil wet and intermediate wet condition; 

Imbibition: wettability altered to strongly water-wet 

 

Figure 5-23: Relationship between Inverse Bond number and the product of wetting 

phase saturation by the Bond number. 
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Figure 5-24: The residual oil saturation vs. microscopic NB in vuggy dolomites. 

 

 

Figure 5-25: The effects of EDTA on contact angle and maximum drop configuration on 

Silurian dolomites (after 2 days of spontaneous imbibition). 
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Figure 5-26: The contribution of chelatin agent EDTA.4Na to spontaneous imbibition in Silurian dolomite cores at 100
o
C. 

Left: Oil recovery vs. real time; and Right: Normalized oil recovery vs. dimensionless time by gravity driven 

imbibition. Dash line is a model fitting by Aronofsky empirical equation: ,1 exp( 4.5* )D gR R t    . 
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Figure 5-27: Sodium Polyacrylate (NaPA) enhances spontaneous imbibition in an anionic surfactant formulation at 100
o
C and 

neutral pH. Left: Oil recovery vs. real time; Middle: Normalized oil recovery vs. dimensionless time for gravity 

drainage. Aronofsky model: ,1 exp( 2.5* )D gR R t    . Right: Oil recovery vs. dimensionless time for capillary 

imbibition. Aronofsky model: 1 exp( 0.00055* )PcR R t    . 
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Figure 5-28: Quantification of Ca
2+

 Concentration in static dolomite dissolution tests at 

100
o
C: Incubation of Silurian dolomite power with softened SASW, 1% 

EDTA or 1% Na2CO3 solution. 

 

Figure 5-30: The Sequestration Agents are not capable of initiating spontaneous 

Imbibition in dolomite rock cores. 
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Figure 5-29: Quantification of divalent ion concentrations in the effluent samples after 

injecting four different solutions through a Silurian dolomite core 

stepwisely, at 80
o
C. 
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Figure 5-31: Profiles of oil recovery, divalent ion concentration, and effluent pH in the 

water flood and 5% EDTA flood in a Silurian dolomite core at 100
o
C. 
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Figure 5-32: The equilibrium between anionic surfactant micelles, monomers and precipitates and its effects on wettability 

alteration triggered by surfactant adsorption.  
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Chapter 6: Mechanistic Study of Wettability Alteration and 

Spontaneous Imbibition 

 

6.1 THE EFFECTS OF WETTABILITY ON IMBIBITION OIL RECOVERY 

6.1.1 Experimental Study 

In this chapter, all experiments were conducted in Silurian dolomite cores due to 

their abundance and reasonable permeabilities (50~200md), unless stated otherwise. 

Silurian dolomite outcrop rocks are water-wet. To render them oil-wet, the cores were 

first vacuum saturated with formation brine followed by injection of several pore 

volumes diluted crude oil to reach residual water saturation. The cores were then aged in 

crude oil for at least four weeks at 80
o
C to render oil-wet. In some special cases, after 

aging to oil wetness, crude oil in dolomite cores was displaced by decane (as model oil) 

for at least 6 pore volumes to clean out crude oil in the oil-wet rocks, leaving a 

brine/decane oil-wet system. Spontaneous imbibition tests in formation brine did not 

drive out oil from the cores, confirming that the cores were oil-wet. 

Two oil-wet and one water-wet cores each saturated with decane and water, 

underwent spontaneous imbibition by immersing into 0.3% Petrostep
®

 S1 (low tension 

only, no wettability alteration) or 0.3% BTC
®

 8358 (wettability alteration only, IFT~5 

mN/m) surfactant solutions. As indicated in Figure 6-1, BTC
®

 8358 surfactant promotes 

faster imbibition oil recovery and lower residual oil saturation ( orS ) in oil-wet cores 

compared with Petrostep
®

 S1. Meanwhile, Petrostep
®

 S1 surfactant solution recovers 

more oil (in %OOIP) and achieves the lower orS in water-wet core than in oil-wet core. 

Hence, it is inferred that water wetness of core samples facilitates oil recovery, and 

wettability altering surfactant (with intermediate or high IFT) yields higher imbibition oil 

recovery rate than low tension surfactant.  
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Similar tests were carried out in the system of crude oil/brine in oil-wet Silurian 

dolomites. Three types of surfactants were investigated for their application on improving 

oil recovery. The rock and fluid properties were presented Table 5-6 and Table 5-7. As 

shown in Figure 6-2, a single surfactant capable of both wettability alteration and 

lowering IFT (i.e. WA+IFT) significantly improves not only the oil recovery rate, but 

also the ultimate oil recovery. An ultra-low tension surfactant (i.e. IFT only) recovers oil 

at the slowest rate compared with other surfactants.  

To find a single surfactant capable altering wettability and reducing IFT is a 

difficult task. A surfactant formulation consisting of one surfactant capable of wettability 

alteration and one surfactant that reduced IFT was developed. As shown in Figure 6-3, a 

surfactant formulation consists of 0.5% IMP (IFT reduction) and 0.1% BTC
® 

8358 

(altering wettability towards water-wet).  A significant incremental oil recovery (12% 

OOIP) is observed with the dual surfactant formulation compared with that of a single 

low tension surfactant, as clearly indicated in Figure 6-3.  Hence, experimental data 

consistently suggests that the synergism exists between wettability alteration and low 

tension effect.          

6.1.2 Validation of wettability alteration model with experimental data 

Numerical simulation study of wettability alteration and spontaneous imbibition 

provides a cost-effective tool to study the contributions of wettability alteration and IFT 

reduction mechanisms.  Delshad, et al. (2006) modeled wettability alteration and 

spontaneous imbibition in UTCHEM simulator and validated the model using the 

imbibition experimental data performed by Hirasaki, et al. (2004). This model is 

implemented in UTCHEM version 9.95 and 2011_9. By UTCHEM simulations, the 

imbibition experiments can be history-matched, and key parameters and mechanisms of 

oil recovery can be defined. 
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The model in this work follows the model used by Delshad, et al. (2006), except 

the boundary condition to be all-face open. Our model is a Cartesian homogeneous 

structure with 7×7×8 gridblocks for modeling both reservoir rocks and the surrounding 

empty space of the imbibition cells filled by surfactant solution. The middle part of the 

model with 5×5×5 gridblocks is assigned for the rock which is saturated with crude 

oil/brine and has certain porosity and permeability and the remaining gridblocks which 

models surfactant solution media has porosity of one, permeability of 1,000 Darcy and 

capillary pressure of zero as shown in Figure 6-4.The purple region is the rock and has 

initial surfactant concentration of zero while the blue region is the surfactant solution and 

has initial surfactant concentration of 0.25%. 

Wettability alteration is modeled with changes in phase relative permeability, 

capillary pressure, and capillary desaturation curve (CDC). The capillary pressure curve 

shift towards positive values (more water-wet conditions) and the shift of relative 

permeability curves towards more ideal, straight line, water-wet conditions are a good 

indication of an efficient chemical EOR process. CDCs, relative permeability endpoints 

and exponents, and capillary pressure endpoints and exponents as a function of 

wettability are all given in Table 6-1 through Table 6-3. 

UTCHEM simulations were performed including the effect of IFT reduction and 

wettability alteration using the constant scaling factor option (IWALF=0). There was no 

real well in the model to induce convective flow. As shown in Figure 6-5, the satisfactory 

match between simulation recovery curve and experimental data was achieved in all three 

cases. Hence, the model should reasonably catch the mechanisms of the spontaneous 

imbibition (SD-7-1 and SD-12) or gravity drainage (SD-17). In the next section, we will 

use the same model to study how wettability alteration and IFT reduction contribute to 

the ultimate oil recovery. 
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6.1.3 The synergism of wettability alteration and IFT reduction 

Surfactant Enordet
®

 A092-enhanced spontaneous imbibition in the dolomite core 

SD-7-1 includes both wettability alteration and IFT reduction mechanisms. Taking this 

experiment and its simulation as base case, we run simulations to decompose the two 

mechanisms. The values of wettability scaling factor ω and other key parameters are 

presented in Table 6-4 for these simulation runs. As shown in Figure 6-6, the oil recovery 

curve by IFT reduction mechanism, designated as ‘IFT only’, overlaps with ‘IFT+WA’ 

mechanism in the early imbibition, then deviates from it and yields lower ultimate oil 

recovery.  

In the simulation case of ‘WA only’, alkali mode IWALF=2 was used, in which 

water/oil IFT was high (~20mN/m). Oil recovery by mechanism of ‘WA only (alkali 

mode)’ yields slower imbibition rate, with smaller ultimate oil recovery. While in most 

wettability alteration practices, by using cationic surfactants like BTC
®

 8358, the 

water/oil IFT can be reduced to the values in the magnitude of 1-10mN/m. Thus, the 

simulation run of ‘WA only (IFT=3mN/m)’ was performed. Compared with the case of 

‘WA+IFT’, oil recovery in ‘WA only (3mN/m)’ case has a slightly slower imbibition 

rate, with a slightly reduced ultimate oil recovery. The experimental data in SD-12, as 

shown in Figure 6-6, exactly represents the simulation case ‘WA only (3mN/m)’. 

The similar decomposition strategy can be applied to study the multiple effects of 

wettability alteration on petrophysical properties (Sheng, 2013). The simulations were 

performed for three cases of ‘kr unaltered’, ‘Pc unaltered’ and ‘CDC unaltered’, which 

are defined in Table 6-4. For example, in the case of ‘Pc unaltered’, the wettability 

scaling factor for Pc (pcw1 as UTCHEM keyword) is set to 0. The effect of individual 

parameters kr, Pc, or CDC can be determined if each case is compared with the case of 
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combined effect ‘WA+IFT’. It should be noted that the value of IFT in these cases is 

0.03mN/m.  

The comparison of these cases is shown in Figure 6-7. The ultimate oil recovery 

in each of three cases of ‘kr unaltered’, ‘Pc unaltered’ and ‘CDC unaltered’ is lower than 

combined case ‘WA+IFT’, but higher than the case of ‘IFT only, no WA’. These results 

show that each of wettability alteration effects contributes to the improved oil recovery, 

and these effects are additive as to ultimate oil recovery. 

The effects of low tension on imbibition oil recovery with or without wettability 

alteration can be evaluated in simulation sensitivity studies. As indicated in Figure 6-8A, 

the incremental oil recovery by IFT reduction (from 2.7 to 0.003mN/m) is small if the 

imbibition process involves wettability alteration. While, the benefit of IFT reduction 

starts to show up when ultra-low IFT by surfactant solution is achieved. Figure 6-8B 

presents the oil recovery at different IFT values without wettability alteration. Significant 

jumps in oil recovery are seen as the IFT is reduced by an order of magnitude. The 

simulation has confirmed the notion that surfactant-mediated IFT reduction is an 

important strategy for enhanced oil recovery if wettability alteration is not involved. 

6.1.4 Sodium Polyacrylate Boosts Surfactant-Mediated Wettability Alteration 

In chapter 5, we observed that scale inhibitor sodium polyacrylate (NaPA) 

improved imbibition oil recovery. It was also shown that NaPA softened injection brine, 

and reactivated the anionic surfactant potential on wettability alteration.  

Wettability alteration is modeled with changes in phase relative permeability, 

capillary pressure, and also capillary desaturation curve (CDC). To mechanistically 

history match the spontaneous imbibition tests with or without NaPA, the data of one 

imbibition experiment was used to determine the values of key parameters which were 
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subsequently used to predict the oil recovery in other imbibition experiments. Firstly, the 

imbibition test in core SD-10-2 (surfactant: 0.25%A092+SSASW+1%NaPA) was history 

matched by assigning the scaling factor ω=0.5 for both relative permeability and capillary 

pressure. History matching of imbibition experiments is shown in Fig. 6-9. History 

matched relative permeability endpoints and exponents, capillary pressure endpoints and 

exponents, and CDC parameters are presented in Table 6-5. The oil recovery profiles of 

two other imbibition tests were predicted by assigning scale factors to be ω=0.05 for 

surfactant 0.25%A092+SSASW (core: SD-6), and ω=0 for surfactant 0.25%A092 

+SASW (core SD-2). The scale factor is a good indication of the extent of wettability 

alteration. Thus, no wettability alteration was observed in the surfactant formulation with 

hard brine. The surfactant in softened brine triggered weak wettability alteration, while 

with the help of 1%NaPA, the effect of wettability alteration was greatly enhanced. Since 

the agreement between experimental data and the predicted oil recovery is reasonable, we 

believe that the parameters determined by history matching reflect the true mechanisms 

involved in the imbibition experiments. In short, the enhanced oil recovery by the 

formulation of anionic surfactant with NaPA, relies on wettability alteration mechanism.        

6.2 PARAMETRIC STUDY OF STATIC SPONTANEOUS IMBIBITIONS 

Many parameters govern the spontaneous imbibition, such as permeability, 

relative permeability, phase saturation, wetting state, fluid properties such as density, 

viscosity and IFT, and rock heterogeneity. Some of these parameters are discussed briefly 

in the literature review section in Chapter 2. The intention of this section is not to give a 

thorough description of all the parameters, but merely to focus on some of the most 

important.   
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6.2.1 Effect of Fluid Density  

The effect of fluid density is investigated by changing the density of oil phase, by 

assuming water phase density always to be 1.0 g/cm
3
. The effects of gravity on oil 

recovery by surfactant EOR in three scenarios are compared with UTCHEM simulations: 

(A) WA+IFT reduction; (B) WA only; (C) IFT reduction only. Oil density is changed 

from 0.81 g/cm
3
 in the base case to 0.92 g/cm

3
 and 1.0 g/cm

3
. Figure 6-10 presents the oil 

recovery factors and incremental oil recovery profiles for the three scenarios.  

In all three cases, as the oil density dropped, more oil is recovered. It indicates 

that the gravity effect improves oil recovery, but the three scenarios differ from each 

other as to the extents of incremental oil recovery. In the case ‘WA+IFT reduction’, the 

incremental oil recovery by gravity effect is about 12.5% in both values of oil density. It 

shows this oil recovery improvement levels off quickly. In the case of ‘WA only’, the 

incremental oil recovery factors for two oil density cases are 13.8% and 5.6%. In the case 

of ‘IFT reduction only’, these two values become 41% and 25%. The comparisons show 

the gravity effect is most significant and linearly correlated with ultimate oil recovery in 

the case of ‘IFT reduction only’. It also confirms that gravity effect is the dominant 

mechanism in low tension aided drainage.  

It is inferred from Figure 6-10 that the scaling term for gravity drainage 
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 proposed by Hagoort et al (1980) accurately reflects this gravity 

driven mechanism. Another important conclusion from this study is that gravity effects 

kick in from very early time of gravity drainage (the case of ‘IFT reduction only’) or 

gravity-driven imbibition (‘WA+IFT reduction’), and enhance oil recovery for the whole 

process.  
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6.2.2 Effect of Capillary Pressure 

The wettability alteration model in UTCHEM treats capillary pressure as a 

function of wettability. The capillary pressure is modeled using linear interpolation 

between the capillary pressure of the initial wetting state and the final state. As reviewed 

earlier, either in Brooks and Corey model or Van Genuchten model, capillary pressure-

saturation relationship require two sets of parameters for capillary pressure endpoints 

(keyword: CPC) and exponents (keyword: EPC). Getting all four calibration parameters 

to model Pc through the experimental tests is either impossible or expensive as a matter 

of both economy and time. And if there are no such data, one should play with these 

values to get a proper match with experimental data. According to the literature (Delshad 

et al. 2006; Delshad et al. 2009, Farhadinia et al., 2011), the scaling factor ω was selected 

as a constant value to obtain a good match with laboratory data, while the values of CPC 

and EPC were assigned fell in a wide range. 

The history matching of experimental oil recovery by tuning the matching 

parameters for capillary pressure leads to the non-unique matching and uncertainty on the 

mechanistic study. For simplicity, the capillary pressure endpoints for initial wetness and 

final wetness are assumed to be the same absolute value, and the capillary pressure 

exponents are assumed to be EPC=2. The effects of capillary pressure on the oil recovery 

has been studied in three cases: ‘IFT only’ (gravity drainage), ‘WA+IFT’ (gravity-driven 

imbibition) and ‘WA only’ (wettability alteration only). As indicated in Figure 6-11, the 

values of capillary pressure endpoints vary from 5, 0.5 and 0.05 in the unit of psi Darcy

. UTCHEM simulations show that the effect of capillary pressure on oil recovery by low-

tension gravity drainage (‘IFT only’) is negligible, while the capillary pressure effect is 

significant on the oil recovery by capillary driven (‘WA only’) or gravity driven 

imbibition (‘IFT+WA’). 
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To make history matching more complicated, the absolute value of CPC and EPC 

values can be completely different for initial wetness and final wetness. The oil recovery 

is very sensitive to the various combinations of these matching parameters (data not 

shown). Because lack of capillary pressure data causes strong uncertainty in the study of 

mechanisms of oil recovery, it is then crucial to perform the direct measurement of 

capillary pressure-saturation correlation before history matching work.      

Literature survey shows that at least three methods are available to determine the 

capillary pressure-saturation correlation, which are porous plate method, mercury 

injection method, and centrifuge method. Hamon et al. (1986) measured drainage and 

imbibition capillary pressure curves using reservoir fluids and both oil-wet and water-wet 

semi-permeable membranes. As a short summary, the reliable measurement of the 

correlation between capillary pressure and phase saturation is required for a mechanistic 

simulation study and history matching. 

6.2.3 Vuggy Pore Structures  

As discussed in Chapter 5, field dolomites contain larger vugs and smaller inter-

particle pores, compared with those of Silurian dolomites. The effect of vugular porosity 

on multiple phase flow, if there is any, is expected to be more obvious in field dolomites. 

The low tension aided gravity drainage experiments performed in field cores (N17, N18 

and 22A1-1) and in Silurian dolomites (SD-14 and SD-17) are compared.  

The normalized oil recovery factors from these experiments are plotted against 

dimensionless time ,D g
t defined by Hagoort et al. (1980) in Figure 6-10. It was 

consistently observed that oil is produced faster in field dolomites than that in Silurian 

dolomites. The experimental data is assumed to be reliable because of its consistency. 

The observation from Figure 6-10 can be summarized as: 1) The scaling term developed 
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for 1-D gravity driven oil drainage 
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cannot predict the oil 

recovery in rock samples with vugular pores; 2) Oil recovery rate is faster in field 

dolomite cores with strong secondary porosity feature. 

To understand the deviation of oil recovery curves between these two dolomites, 

we should look at the oil distribution, wettability and relative permeability profile in the 

core samples. In laboratory-scale experiments, the cores are first saturated with formation 

brine and then crude oil. Hence, oil phase is distributed predominantly in big size pores 

as non-wetting phase. Aging process does not redistribute oil saturation, rather pushes oil 

phase from the center of the big pores to the walls of pores. No wettability alteration is 

involved in the process of gravity drainage. Then oil is recovered by drainage mainly 

from the big pores, especially from vugular pores. The oil relative permeability rok is the 

most important petrophysical parameter in ,D g
t to scale the gravity drainage process in 

different types of rocks. The question that remains unanswered is which dolomite has 

high relative permeability in the vugular pores.    

Erzeybek et al. (2008) studied multiple phase flow in fractured vuggy carbonates 

by developing a pore network model that consists of several sub-networks including 

matrix, vug and fracture sub-networks. It was found that, as the pore body size gets 

smaller or vug sizes get larger, the relative permeability curves became linear. 

When applied to the field vuggy dolomite, in the presence of large size vug and 

fracture, relative permeabilities for drainage becomes approximately straight. This 

indicates that increase in the density of vug and fracture, and vug sizes cause the system 

to behave more like a fractured porous media. Big contrast between inter-particle pores 

and vugular pores cause an increase in the effect of secondary porosity features, thus the 

curvature of relative permeability decrease and they become more linear reflecting a 
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fracture dominated system. While as for Silurian dolomite, large sized matrix pores 

eliminate effects of vugs and the system does not strictly reflect effects of secondary 

porosity. As vugs get smaller, they act more like a homogeneous porous medium and 

reduce the effects of secondary porosity features. Relative permeability curves become 

more concave with respect to field dolomite case (Figure 6-11).  

Taking the drainage experiment on Silurian dolomite sample SD-17 as a base 

case, the experimental oil recovery data can be satisfactorily matched by treating the 

phase relative permeabilities similar to those of homogeneous cores, as shown in Figure 

6-13 as dash lines. If we consider the relative permeability being linear to represent the 

effect of secondary porosity or fracture, then the oil recovery curve shifts up from the 

base case, as shown in Figure 6-14. By comparing Figure 6-12 and Figure 6-14, we find 

that oil recovery profile in field dolomites can be well predicted from that of Silurian 

dolomite when oil relative permeability for large vugs is considered.     

6.3 CONCLUSIONS 

Water wetness in the core samples promotes low tension surfactant-enhanced oil 

recovery. In the oil-wet Silurian dolomites, spontaneous imbibition experiments 

consistently show the synergy between wettability alteration and low IFT effect. In the 

UTCHEM model, wettability alteration is represented by the changes in Pc, kr and CDC 

curves. The simulation has confirmed the synergy between low tension and wettability 

alteration.  

The effect of low IFT on imbibition oil recovery with wettability alteration is not 

significant until the IFT drops to ~10
-3

mN/m. The low tension becomes extremely 

important when the wettability alteration is not involved in oil recovery. UTCHEM 

simulation successfully history-matched and also accurately predicted the incremental oil 
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recovery using the low tension surfactants plus a wettability alteration agent (sodium 

polyacrylate). It is believed that the simulations can capture the true mechanisms behind 

the oil recovery processes.  

The sensitive studies were carried out to investigate the effects of fluid density, 

capillary pressure and vuggy pore structures on oil recovery. The O/W density difference 

is important for all the oil recovery mechanisms (i.e., WA only, IFT only, and WA+IFT), 

especially in the case of IFT only. The effect of capillary pressure curve is not significant 

when IFT is ultralow. When the IFT is not substantially low, the ultimate oil recovery 

and oil production rate are very sensitive to the parameters for capillary pressure curves. 

A great uncertainty is behind the history matching, and the reliable measurement of 

capillary pressure curves is required in a mechanistically history matching. In the 

presence of large-size vugs and fractures, the drainage relative permeability curves 

become nearly straight, behaving like a fracture dominating system. In vuggy carbonates, 

the oil recovery rate is usually faster, while the ultimate oil recovery (in %OOIP) by 

gravity drainage is lower. 
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Table 6-1: History matching parameters used in the simulations of SD-7-1 (Surf: 

0.25%A092+S-SASW+2.5%EDTA, IFT=0.03mN/m) 

Parameters 
Oil-Wet (OW) Water-Wet (WW) 

Oil Water Oil Water 

Residual Saturation 0.238 0.216 0.238 0.216 

Endpoint relative permeability 0.52 0.88 0.95 0.38 

Relative permeability exponent 2.5 2.5 1.5 3 

Trapping parameters (Ti) 1862 19000 4000 2500 

Capillary pressure endpoint (Cpc) -0.05 0.05 

Capillary pressure exponent (Epc) 2 2 

Wettability Scaling factor (ω) 0.5 

 

 

 

Table 6-2: History-matching parameters used in the simulations of SD-17 (Surf: AKL-

531, IFT~ 0.006mN/m) 

Parameters 
Low Capillary Number High Capillary Number 

Oil Water Oil Water 

Residual Saturation 0.338 0.30 0 0 

Endpoint relative permeability 0.12 0.58 1 1 

Relative permeability exponent 2.5 2.5 1 1 

Capillary pressure endpoint (Cpc) -0.05 

Capillary pressure exponent (Epc) 2 

Trapping Parameters  
T11 T22 T33 

2000 1862 2000 

Surfactant Diffusion (ft
2
/day) 6.5×10

-5
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Table 6-3: History-matching parameters used in the simulations of SD-12 (Surf: 1% 

BTC8358, IFT=3mN/m) 

Parameters 
Oil-Wet (OW) Water-Wet (WW) 

Oil Water Oil Water 

Residual Saturation 0.3645 0.19 0.3645 0.19 

Endpoint relative permeability 0.52 0.88 0.52 0.38 

Relative permeability exponent 2.5 2.5 1.5 3 

Trapping parameters (Ti) 1862 19000 19000 2500 

Capillary pressure endpoint (Cpc) -0.05 0.05 

Capillary pressure exponent (Epc) 2 2 

Wettability Scaling factor (ω) 0.5 

 

Table 6-4: The wettability scaling factor ω in the cases shown in Figure 6-4 

Case ω in Kr ω in Pc IFT values (mN/m) 

WA+IFT 0.5 0.5 0.03 

Kr unaltered 0 0.5 0.03 

Pc unaltered 0.5 0 0.03 

CDC unaltered 0.5 0.5 IFT=0.03mN/m; T11, T22, and T33 

keep the same before & after WA 

IFT only 0 0 0.03 

WA only (alkali) 0.5 0.5 IWALF=2 (IFT~20mN/m) 

WA only 0.5 0.5 3.0 
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Table 6-5: History-matching parameters used in the simulations of imbibition tests 

Parameters 
Oil-Wet (OW) Water-Wet (WW) 

Oil Water Oil Water 

Residual Saturation 0.68 0.17 0.352 0.17 

Endpoint relative permeability 0.22 0.58 0.48 0.28 

Relative permeability exponent 2.5 2.5 6 3 

Trapping parameters (Ti) 1862 15000 5000 2500 

Capillary pressure endpoint (Cpc) -0.05 0.05 

Capillary pressure exponent (Epc) 2 2 

Wettability Scaling factor (ω) 

ω=0.5       (Core: SD-10-2)  

ω=0.05      (Core: SD-6) 

ω=0         (Core: SD-2) 

 

 

 

 

Figure 6-1: Effects of wettability and low tension on recovery of decane by imbibition 

into Silurian dolomites (50 mD). 
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Figure 6-2: The effects of wettability alteration and low IFT on recovery of crude oil by 

imbibition in oil-wet Silurian dolomites (200 md).  

 

 

Figure 6-3: The combined effects of chemical formulation including wettability alteration 

and IFT reduction surfactants. 
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Figure 6-4: (A) One carbonate core inside of an imbibition cell; (B) Imbibition cell test 

model with all-face open boundary condition. 

 

Figure 6-5: The history matching of imbibition tests in three dolomite core samples by 

reflecting of different oil recovery mechanisms.  
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Figure 6-6: The effect of the combined wettability and interfacial tension (IFT) reduction 

in spontaneous imbibition. 

 

 

Figure 6-7: The multiple effects of wettability alteration on the spontaneous imbibition 

oil recovery (IFT=0.03mN/m). 
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Figure 6-8: The effects of IFT on the oil recovery with (A) wettability alteration or (B) 

without wettability alteration.   
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Figure 6-9: The history matching of oil recovery in core sample SD-10-2 (scaling factor 

=0.5) and predictions of oil recovery in SD-2 and SD-6 by assigning of 

scaling factors to be 0 and 0.05, respectively. 
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Figure 6-10: The Effects of Gravity on Oil Recovery Factor in Three Scenarios: (A) 

WA+IFT reduction; (B) WA only; (C) IFT reduction only. (ρw=1.0 g/cm
3
).
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Figure 6-11: The effects of Capillary Pressure (endpoint, Cpc) on the oil recovery by low IFT drainage (IFT only), or low IFT 

imbibition (WA+IFT) or Wettability alteration (WA only) mechanisms. Note: In UTCHEM, the unit of Cpc is

psi Darcy .  

0

10

20

30

40

50

60

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, days 

IFT only, σ=4×10-4mN/m 

Cpc=-0.05

Cpc=-0.5

Cpc=-5

0

10

20

30

40

50

60

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, days 

WA only, σ=0.3mN/m 

Cpc=-0.05

Cpc=-0.5

Cpc=-5

0

20

40

60

80

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, hours 

WA +IFT, σ=0.003mN/m 

Pc=-0.05

Pc=-0.5

Pc=-5

0

10

20

30

40

50

60

70

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, days 

IFT only, σ=3×10-3mN/m 

Cpc=-0.05

Cpc=-0.5

Cpc=-5

0

10

20

30

40

50

60

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, days 

WA only, σ=3mN/m 

Cpc=-0.05

Cpc=-0.5

Cpc=-5

0

20

40

60

80

0.001 0.01 0.1 1 10 100

R
F

, 
%

O
O

IP
 

Time, days 

WA+IFT, σ=0.03mN/m 

Cpc=-0.05

Cpc=-0.5

Cpc=-5



 219 

 

Figure 6-12: Oil Recovery by low tension aided gravity drainage in field dolomites and 

Silurian dolomites.   

 

 

Figure 6-13: The effect of vuggy pore (or secondary porosity) structure on the phase 

relative permeability. 
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Figure 6-14: The effect of vugs on the oil recovery by gravity drainage. 
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Chapter 7: Scaling of Gravity-Driven Oil Drainage or Imbibition in Oil-

Wet Carbonates 

 

In Chapter 5, we developed three types of surfactants for enhanced oil recovery in 

highly fractured, oil-wet carbonates: 1) Type I surfactants: Cationic surfactants that 

strongly alter rock wettability towards water-wet, but IFT between aqueous solution and 

oil phase is not lowered substantially; 2) Type II surfactants: some anionic surfactants 

that reduce IFT, but no wettability alteration occurs; 3) Type III surfactants: some anionic 

surfactants (or non-ionic surfactants in some cases) that are capable of reducing IFT and 

altering wettability (towards more water-wet) simultaneously. All three types of 

surfactants can find their applications in EOR processes in oil-wet carbonates. 

When type I surfactants are used, spontaneous imbibition of surfactant solution 

into matrix takes place mainly through capillarity-driven countercurrent imbibition. For 

type II surfactants, the rock remains oil-wet after surfactant invasion into the rock. 

Anionic surfactants at their optimum salinities result in ultra-low IFT between aqueous 

and oleic phases. Surfactant solution displaces oil in a gravity-driven cocurrent flow and 

the oil is recovered by a gravity drainage mechanism. With type III surfactants, oil 

becomes the non-wetting phase after the rock wettability is altered to water-wet. This 

process is also called wettability aided gravity-driven imbibition. Since capillarity-driven 

flow is negligible in this case, water/oil flow in this process is a cocurrent imbibition 

driven by gravity.  

From direct experimental observations and modeling, these two types of anionic 

surfactants recover oil in a similar way. Both of them recover oil through low tension 

aided gravity driven process, but one process is drainage (Type II surfactants) and the 

other process is imbibition (Type III surfactants). Even for Type III surfactant-aided 
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gravity-driven imbibition process, oil is still the wetting phase ahead of the imbibition 

front. Thus, oil recovery processes by Type II or Type III surfactants should share the 

same features for the majority of the imbibition time.  

In this chapter, we will focus on developing analytical models for low-tension 

gravity drainage (no wettability alteration is involved) or imbibition processes 

(wettability alteration is involved) in oil-wet carbonates.  

7.1 INTRODUCTION AND ASSUMPTIONS FOR ANALYTICAL MODELS  

The capillarity-driven countercurrent spontaneous imbibition (COUSCI) has 

received extensive experimental, theoretical and numerical studies in the literature 

(Mattax and Kyte, 1962; Kazemi et al., 1976; Gupta and Civan, 1994; Ma et al., 1997; 

Zhou et al., 2002; Tavassoli et al., 2005; Li and Horne, 2006). We have obtained some 

useful information in characterization of pore structure by scaling of countercurrent 

imbibition in vuggy carbonates, which was presented in Chapter 5.  

Mathematical models to accurately predict oil production by low tension gravity 

drainage or gravity-driven imbibition in oil-wet rocks have been few. To this end, five 

analytical models were reproduced (Model #1, #2 and #5) or first-time proposed (Model 

#3 and #4). Details of mathematical derivations of some analytical solutions can be found 

in Appendix A. 

7.1.1 Oil Recovery in Oil-wet Carbonates  

If an oil-wet core saturated with oil and water is immersed in a brine, then the 

capillary pressure is negative which prevents spontaneous imbibition of brine. Imbibition 

may occur when gravity causes water to enter into the core. For this to happen, the 

gravity head must be larger than the capillary force in the porous matrix.  

Figure 7-1 shows oil and water (if any) pressure gradients in the core (matrix) and 

aqueous phase in a beaker (fracture) when the core is completely immersed in aqueous 



 223 

phase. In the matrix, the continuous oil phase has lower pressure than the water phase 

pressure. Water phase is in a discontinuous state, as the non-wetting phase. In the 

fracture, a fixed value of water pressure is specified at the core (matrix) top to initialize 

the system. The oleic/ aqueous capillary pressure in the matrix is usually larger than 

water pressure difference (hydrostatic pressure gradient times the height) in the fracture, 

leading to no imbibition or poor imbibition of water into the matrix.   

When the core is completely immersed in an anionic surfactant solution, the 

surfactant diffuses into all the open faces of the core. As discussed before, Type II 

surfactants are capable of only lowering interfacial tension between oil and water (no 

wettability alteration is involved). Water pressure in the surfactant-invaded zone drops 

significantly, creating a pressure gradient in the aqueous phase between matrix and 

fracture. The force that drives more surfactant solution into the core (matrix) is the 

difference between the aqueous phase pressure outside the matrix block and water 

pressure inside the matrix block. The diffusion of surfactant might contribute to the 

initialization of imbibition, but is insignificant for the whole drainage process.   

Type III surfactants alter the wettability of oil-wet core samples towards water-

wet, and reduce O/W IFT simultaneously. Similar to Type II surfactants, differential 

pressure of water phase between the surfactant-invaded zone (matrix) and fracture drives 

more water imbibition into the matrix. The water wetness behind the surfactant 

imbibition front improves the mobility of the oil phase, if it is not at the residual 

saturation.  

Blue dashed lines 1 and 2 in Figure 7-1 represent the matrix water pressures at 

intermediate IFT (line 1) or ultra-low IFT (line 2). In the case of ultra-low IFT, the 

capillary pressure in the matrix is nearly zero. The surfactant imbibition takes place from 

the side along the whole length of the core simultaneously. However, complications arise 
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when IFT is not lowered by surfactants to ultra-low, sometimes just because the salinity 

is not at its optimum condition for the specific anionic surfactant. In this case (line 2), the 

hydrostatic pressure is lower than the entry capillary pressure for some depths on the top 

part of the core. In this work, since all surfactant formulations were developed and 

optimized to bring down IFT to ultra-low value (10
-2

~10
-4

 mN/m), we only need to 

consider the case of negligible entry capillary pressure.  

7.1.2 Assumptions for Analytical Models 

In order to establish simplified analytical models, the following assumptions have 

been made: 

1) The initial oil saturation (Soi) is uniform throughout the core, and water 

phase is at residual and immobile condition. The core is homogeneous with 

uniform permeability and porosity.  

2) The anionic surfactant formulation has been optimized and results in ultra-

low O/W IFT. The surfactant imbibes simultaneously along the whole length of 

the core, no entry capillary pressure exists. 

3) Capillary pressure gradient in the matrix is negligible due to the presence of 

surfactant solution at and behind the imbibition front. The capillary pressure 

gradient ahead of the front is also negligible because of oil saturation is uniform 

(in assumption 1).  

4) Oil flows due to gravity forces, and no forced displacement take places. 

5) Oil and water are incompressible. The volume of oil produced is equal to the 

volume of the surfactant solution imbibed. 

Five analytical models are presented to predict the oil recovery efficiency by 

gravity drainage or gravity-driven imbibition due to the imbibition of anionic surfactants. 

The models are described or newly proposed regardless of whether or not they are 
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physically correct. The model #1 uses the derivations in Hagoort et al. (1980), where the 

equations are presented to describe gas/oil gravity drainage without forced gas injection. 

Model #1 assumes that the pressure gradient in water phase is negligible and both phases 

flow vertically. Model #2 is an empirical model suggested by Aronofsky et al. (1958). 

Surprisingly, no literature was found to explicitly apply Aronofsky’s model to predict oil 

recovery in low tension aided gravity drainage or gravity-driven imbibition.  

Model #3 is a new, modified version of Aronofsky’s model that takes into account 

of the change of the oil relative permeability as a function of dimensionless time tDg. 

Model #4 is also new, proposed for the first time in this work. The derivation of this 

model was inspired by Mirzaei’s dissertation (2013) and notes from Dr. Gary Pope at UT 

Austin. In model #4, viscous pressure drop in the water phase is assumed to be negligible. 

Surfactant solution enters the core radially and oil is produced vertically before the 

surfactant imbibition front reaches the center of the cylindrical core. Both Model #3 and 

Model #4 have sound physics, and greatly improve prediction of oil recovery in 

experiments. Model #5 is a triple exponential function developed by Gupta and Civan 

(1994). Validation of this model was carried out against experimental data in vuggy 

carbonates. 

7.2 MODEL #1: FREE-FALL THEORY  

7.2.1 Model description 

In this free-fall model, capillary forces are absent and one-dimensional gravity 

drainage in a core leads to co-current imbibition. Oil is produced from the top and water 

imbibes from the bottom face of the core. The mobility of the non-wetting phase (i.e. 

water phase) is relatively high. It is then assumed that the potential drop in aqueous phase 

is negligible. Besides, all assumptions described in the last section hold true. 
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Before breakthrough, the free-fall gravity drainage rate is given by (Hagoort, et 

al., 1980): 

ro
o

o

gkk
u






  ………………………………………………………………..……. (7-1) 

If capillary pressure is considered, it resists the oil flow and gravity drainage rate is even 

smaller than the value computed in Eq. 7-1. The upward displacement of oil by water is 

stable at free-fall condition from the stability theory (Lake, 1989). 

Hagoort et al. (1980) derived the analytical solution to predict oil recovery by 1D 

gas/oil gravity drainage without forced gas injection. The derivation is reproduced in 

Appendix A for water/oil low tension aided gravity drainage. Now consider a case where 

oil relative permeability has Corey-type equation:
*o n
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saturation *
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and 

o
S is average oil saturation in the core at 

any time point during gravity drainage. We further define a dimensionless time for 

gravity drainage process: 
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The normalized oil recovery in experiments, which is defined by 
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can be compared to the 1D gravity drainage analytical solutions (Hagoort, et al., 1980):  
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7.2.2 Validation and Discussion of Hagoort’s Model 

Scaling of the gravity drainage experiments with dimensionless time was 

proposed by Hagoort et al. (1980), as shown in Eq. 7-2. The oil recovery data from three 

gravity drainage experiments on Silurian dolomites was plotted versus tDg in Figure 7-2. 

It also includes spontaneous imbibition experimental data from Hirasaki et al. (2004) and 

Adibhatla and Mohanty (2008), in which surfactants were capable of not only reducing 

IFT, but also altering wettability towards water-wet. The rock and fluid properties for 

these two imbibition experiments are presented in Table 7-1. The data falls onto a curve 

with little scatter, independent of material and or fluid characteristics. Adibhatla and 

Mohanty (2008) stated that the scaling groups for gravity dominant process tD,g do not 

apply strictly to imbibition process with changing wettability and IFT. However, Fig. 7-2 

indicates that scaling group tDg can be applied to the gravity driven process even with 

changing wettability and IFT.   

Observed in Hagoort’s analytical solution as shown in Eq. 7-4, the cumulative oil 

production is controlled by two parameters: Corey exponent n and endpoint oil relative 

permeability o

ro
k . The exponent n determines the degree of curvature in the oil relative 

permeability curve. The higher the value of n , the unfavorable oil recovery (early 

breakthrough and slower oil production after breakthrough) will be. The relative 

permeability o

ro
k  is a curve fitting parameter, which determines the oil recovery before 

breakthrough.    

The oil recovery is plotted as a function of dimensionless time Dg
t  for gravity 

drainage experimental data and compared with Hagoort’s analytical solution. The core 

properties and drainage experimental data can be found in Chapter 5 and the values of 

parameters used in Hagoort’s model fitting are listed in Table 7-2. It appears in Fig. 7-3 

that the model approximation is pessimistic in the sense that it results in lower oil 
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recovery, and the deviations are about 20% of recoverable oil in all three cases. The 

model fitting has a good overlap with experimental data in the early drainage. The late 

time drainage rates in all cases are consistently smaller from the model compared with 

experiments.  

Note that both matching parameters n and o

ro
k can be determined in the well- 

designed experiment. All reasonable combinations of these two parameters cannot reach 

a perfect matching for the whole drainage time. Although the model fitting perfectly 

matches experimental data in the early drainage, it does not necessarily infer that this 

model reflects the exact mechanism at the early production. The discrepancy of 

Hagoort’s model with gravity drainage experimental results lies on the unsubstantiated 

assumption that the gravity drainage in the water/oil system takes place only in vertical 

direction. The imbibition contributed from all open faces, including top, bottom and 

sides, boosts up the ultimate oil recovery considering Buckely-Leverett oil saturation 

profile.  

As a summary, dimensionless time tDg proposed by Hagoort et al. (1980) is able 

to scale the gravity-driven process even with changing wettability and IFT. However, 

Hagoort’s analytical solution poorly predicts the oil production in gravity drainage.     

7.3 MODEL #2: ARONOFSKY’S EMPIRICAL MODEL 

7.3.1 Model Description 

A single-exponential analytical model for describing oil recovery by water 

imbibition was developed by Aronofsky et al. (1958), which is expressed by:  

(1 )
t

imb
R R e




  ………………………………………………………………..… (7-6) 

where imbR is imbibition oil recovery at time t, R is ultimate oil recovery at infinite 

time, and λ is called production decline rate. Aronofsky et al. derived Eq. 7-6 based on an 

abstract model under the assumptions: (A) Oil recovery is a continuous monotonic 
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function of time and it converges to some finite limit; (B) None of the properties which 

determine the rate of convergence change sufficiently during the process to affect this 

rate or the limit. They did not consider the physics of the oil displacement process in this 

derivation. 

Aronofsky’s model can be applied to upscale the laboratory core-scale imbibition 

data to field dimensions. All laboratory parameters are converted into dimensionless 

forms (Mattax and Kyte, 1962). The application of this model in capillarity-driven 

countercurrent imbibition has achieved excellent matching with experimental and field 

data (Ma, et al., 1997). The advantage of this model is its simplicity because of single 

parameter needs to be adjusted to fit experimental data. Li et al. (2003) first-time 

modeled free-fall gas/oil gravity drainage using Aronofsky’s empirical equation. In a case 

study, Li et al. (2003) successfully predicted the oil recovery data from Lakeview Pool, 

Midway Sunset field.  

To apply Aronofsky’s equation to gravity drainage, Eq. 7-6 is rewritten to 

explicitly include initial oil saturation and average residual oil saturation or
S as: 
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where R is the oil recovery in the unit of oil originally in place (OOIP). To upscale the 

core data, the dimensionless time for gravity drainage in Eq. 7-2 is used instead of 

production time t. Then, the Aronofsky’s empirical function becomes  
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7.3.2 Validation and Discussion of this Model #2 

To match oil production data, end point kro and the dimensionless rate constant λD 

are treated as a curve fitting parameter. D  and o

ro
k  are correlated and not independent 

as shown in Eq. 7-9. Let’s assign λD=1 and only o

ro
k  is treated as a matching parameter. 

The Aronofsky’s model was validated against three low tension aided gravity drainage 

experiments. Fig. 7-4 shows the oil recovery by gravity drainage, in the unit of OOIP%, 

against real time (in days). One can see the fair matching between the experimental data 

and the model data, especially in the late-time of gravity drainage.  

Aronofsky’s model is considered to be an empirical function. Let us assume the 

oil production from the matrix is a first order transfer process, then oil transfer rate is 

written as:   

o
o

dV
V

dt
    …………………………………………………………………….... (7-10) 

where Vo represent the instantaneous quantity of recoverable oil remained in the matrix 

and λ is s the first order rate constant. It’s not difficult to observe that Aronofsky’s 

function is the exact solution of Eq. 7-10. If Eq. 7-10 is valid, then Aronofsky’s model 

can predict oil production. Let us test this assumption in the process of capillary-driven 

countercurrent imbibition or low tension aided gravity drainage. 

Capillary force is a dominant driving force in countercurrent spontaneous 

imbibition (COUCSI), in which gravity force is usually neglected. Darcy’s law dictates 

that the oil production rate in COUCSI is determined by the capillary pressure gradient. 

The Brooks-Corey correlation for capillary pressure indicates capillary pressure is a 

function of phase saturation. In a water-wet rock, higher remaining oil saturation (i.e. 

higher So or Vo) in matrix leads to higher capillary pressure gradient between matrix and 

fracture, and it is then translated into faster oil production rate. As a summary, the 

analysis above verifies the assumption behind Eq. 7-10 and also explains why 
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Aronofsky’s empirical model provides satisfactory matching for countercurrent 

imbibition processes in the core-scale and field scale.   

In the process of low tension aided gravity drainage, gravity force is a driving 

force and capillary force, if any exists, is a resistance force. If we assume gravity 

drainage/imbibition to be a vertical oil displacement process, then oil production rate is 

determined by the gravity force gradient g . It results in a constant oil production rate 

in the whole process, which is definitely not true because oil production rate tends to 

decrease with time.  

Darcy’s law, expressed in Eq. 7-11, shares a similar structure with Eq. 7-10.  

odV
Q

dt
    , where ro

kk



 ………………………………..……….…..…. (7-11) 

Both Eqs. 7-10 and 7-11 correlate oil flow rate with potential gradient.   is assumed to 

be a constant in Eq. 7-10, while the mobility term  (or kro) is a function of remaining oil 

saturation So in Darcy’s law. Inspired by this, Model #3 is developed to treat as a 

function of oil saturation and then it greatly improved the accuracy of Aronofsky’s 

model. 

7.4 MODEL #3: IMPROVED ARONOFSKY’S MODEL 

7.4.1 Model Description and Derivation 

Aronofsky’s empirical function has been shown to model gravity drainage 

experiments. As discussed in previous model, λD is usually assumed to be 1 in Eq. 7-8 

and oil relative permeability kro is then obtained by curve fitting. As a result, the 

Aronofsky empirical function can be further simplified as  

1 Dte 
  …………………………………………………………………………... (7-12) 
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where, /R R  is normalized oil recovery. The values of o

ro
k  obtained by curve 

fitting usually fall into a range of 0.07~0.30. It should be noted that o

ro
k value need only 

to be treated as a matching result, not necessarily to be a true oil relative permeability. 

It has been shown in Figure 7-4 that Aronofsky empirical function underestimates 

the oil recovery in early-time gravity drainage, but achieves superior matching in late-

time gravity drainage. As seen from Eqs. 7-2 and 7-9, the oil relative permeability is a 

critical factor in the gravity-drainage process. Hence, the oil relative permeability should 

be treated as a variable, not a constant in Aronofsky’s model.  

As we discussed before, the imbibition of surfactant solution makes up a shock 

front. The endpoint oil relative permeability o

ro
k can be defined at the displacement front. 

However, due to the capillary smearing effect and also wide pore size distribution effect 

in some cases, oil relative permeability kro within shock front cannot simply be assumed 

to be a constant o

ro
k .  

We assume that the oil relative permeability kro as a function of average oil 

saturation o
S . Average oil saturation changes with time t (or dimensionless time tD). Then 

kro becomes a function of dimensionless time. In order to obtain the correlation of kro 

with tD, we first obtain *

ro
k  and tD

* 
by matching Aronofsky’s model with experimental 

data. The expression of Aronofsky’s model can be rewritten as below: 
*
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*

1 Dte 
  ……………………………………………………………………..…... (7-

14) 

We then compute Dt by oil recovery data from experiments:   

ln(1 )Dt RF   …………………………………………..…………………….. (7-15) 

where RF is normalized recovery factor expressed as: 
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Now we define a ratio term to correlate Dt  with *

D
t , which can be expressed as a function 

of *

D
t as well. 

*

* *

ln(1 )
( ) D

D

D D

t RF
f t

t t

 
  ……………………….…………………………..……… (7-17) 

Hence, oil relative permeability kro can be expressed as a function of dimensionless time: 

* *
( )

ro ro D
k k f t ………………………………………………………….…………… (7-18) 

Plot *
( )

D
f t versus *

D
t , and the correlation of * *

( ) . 
D D

f t vs t  can be established by regression 

analysis. Inspired by Corey-type relative permeability formulation, we obtained a 

formulation for *
( )

D
f t  similar to Corey-type: 
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where the parameter a1 equals to *
( )

D
f t when tD* becomes large, and a1≈1 in most cases. 

As to parameters a2 and a3, they can be determined by a regression analysis. 
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The fractional oil recovery in the unit of OOIP is then defined as  
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where or
S is average residual oil saturation. It should be noted that Eq. 7-21 is still an 

empirical function since it is derived from an empirical Aronofsky’s model. In a dual 

porosity model, the 1D mass conservation equations for water are (Gilman and Kazemi, 

1983; Di Donato et al., 2007): 
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where the subscript f represents flowing or fracture and m for matrix or stagnant fraction. 

vt is the total velocity, fwf is fractional flow of water phase in flowing fraction. In matrix, 
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water saturation is the average saturation, and can be correlated with oil recovery  in 

Eq. 7-21. Hence, from Eqs 7-21 and 7-23, we will express the new transfer function as: 

   3 3

*
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As indicated in Eq. 7-24, the transfer function T is a function of single variable *

D
t . This 

transfer function could be implemented in a dual-porosity simulator, providing more 

accurate and more rigorous numerical simulations of gravity drainage or gravity driven 

imbibition in fractured systems. 

7.4.2 Validation of Model #3 with Experiments 

In this section, the prediction by Model #3 will be compared with experimental 

gravity drainage or imbibition data. First the interest is mainly on wettability alteration 

and low tension aided spontaneous imbibition process. Therefore, experimental data from 

Hirasaki et al. (2004) and Adibhatla and Mohanty (2008) will be used, where the crude 

oil/ brine/ rock systems used for the lab experiments are the same. The rock and fluid 

properties in the experiments has been presented in Table 7-1.  

First we matched the experimental oil recovery curve with Aronofsky’s model, 

regardless of the poor matching in the early time of drainage/imbibition. The predicted oil 

recovery is plotted in Figure 7-6 as a function of *

D
t , using expressions as shown in Eqs. 

7-13 and 7-14. From curve fitting, oil relative permeability *

ro
k  and dimensionless time 

*

D
t are obtained. Next, the computed values of *

( )
D

f t by Eq. 7-17 are plotted with *

D
t  in 

Figure 7-5. The optimum regression equation is established in the form shown in Eq. 7-

19. As shown in Figure 7-5, the best fit equation is  

* * 0.7807
( ) 1 0.2277( )

D D
f t t


  ………………………………………………………… (7-25) 

Hence, a1=1; a2=0.2277; a3=-0.7807. The values of these three parameters are substituted 

in Eq. 7-21, and the oil recovery function is obtained.  
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 For convenience, we name this model as Chen’s Model. The prediction of oil 

recovery (in OOIP) by Chen’s model is compared with Aronofsky’s model and 

UTCHEM simulation in Figure 7-6. It appears that Chen’s Model has greatly improved 

the prediction of oil recovery, compared with Aronofsky’s model and UTCHEM 

simulation. Chen’s model particularly resolves the problem of underestimation of oil 

recovery in early time drainage/imbibition in Aronofsky’s model. 

 Following the same procedure described above, we then attempted to model the 

gravity drainage experiments conducted in this work. Chen’s model fits well with three 

low tension aided gravity drainage experiments on Silurian dolomites (Figure 7-7) and 

two low tension gravity drainage experiments on field cores (Figure 7-8), which are 

carbonates with a large portion of vugular porosity.     

7.4.3 Discussion of Model #3 

When *
( )

D
f t  is plotted against *

D
t from different experiments on the same type of 

rock, the data points almost collapse into one curve, as indicated in Fig. 7-5 and 7-7. The 

data sets from different crude oil/brine/rocks (COBR) system cannot generate a well-

defined curve (data not shown). Hence, we proposed that that the correlation of *
( )

D
f t  

vs. *

D
t , in the form of Eq. 7-19, is a characteristic function for a specified COBR system.  

For a specific COBR system, oil relative permeability kro is uniquely defined by 

normalized oil saturation Sno as a Corey-type function. Hence, we can write: 
*

* * * * *

( ) 1 1ro ro noD

D ro D ro no D

k dk Sf t

t k t k dS t

 
 

  
……..………….………………………..……..… (7-26) 

Instantaneous oil saturation *
( )

no D
S t  is related to normalized oil recovery , which is 

modeled in Eq. 7-14. After taking the derivative of Eq. 7-14, we obtained that   

*

*
Dtno

D

S
e

t


 


………………………………..…………………..…………….…..... (7-27) 
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Substitution of Eqs. 7-27 and 7-28 into Eq.7-26 gives  
*

* *

* *

( ) ( ) Dt

D D

D ro

f t g t e

t k







……………………………………………...……………….… (7-29)  

where *
( )

D
g t  and *

ro
k  are specifically defined in a COBR system. Hence, we conclude 

that *
( )

D
f t is a unique function for a designated COBR system. In this sense, Model #3 is 

scalable because of a new scaling term introduced in this model: 

* *
( )

D D D
t f t t ………………………………………………………………………… (7-30) 

 It is worthwhile to point out that, although Chen’s model greatly improves the 

prediction of oil recovery, it is still an empirical model since it was derived from 

Aronofsky’s empirical function. More research effort is needed to generate a scaling term 

which has sound physics.     

7.5 MODEL #4: VISCOUS PRESSURE LOSS v  IN OIL PHASE ONLY 

7.5.1 Introduction and Description of Model #4 

Mirzaei (2013) presented two different models to analyze the imbibition from the 

sides of the cores in the low-tension aided gravity drainage. The main assumption behind 

those models is that surfactant solution enters the core only in x-direction and oil is 

displaced only in z-direction (i.e. vertical direction). He found in the first model that the 

predicted imbibition rate is two orders of magnitude larger than the observed imbibition 

if viscous pressure drops is negligible in oleic phases compared with viscous pressure 

drop in aqueous phase. The second model assumes the viscous pressure drop in aqueous 

phase is negligible. Then the predicted imbibition rate from the sides is in better 

agreement with the experiments, although there is still 6 times difference between model 

prediction and experimental observation. 
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Model #4 was then developed based on Mirzaei’s (2013) pioneering work. In our 

model, we adopted all the assumptions from Mirzaei’s work except we did not treat the 

oil flow area constant. We took account of the fact that the actual vertical flow area 

available for oil phase shrinks with time because of advancement of surfactant imbibition 

front from the sides (Figure 7-9). Besides, we developed the model based on a cylindrical 

core instead of a square cross-section core. 

Four additional assumptions, along with five assumptions discussed in Section 

7.1, were made exclusively for Model #4.   

6) Surfactant solution enters the core only in x-direction, and oil is displaced 

only in z direction, as shown in Figure 7-9. Kalaei et al. (2012) found the 

imbibition of the low IFT surfactants was mainly from the sides initially in a 

numerical simulation study. The surfactant also invaded into the core from the top 

and, to a less extent, from the bottom. Mirzaei (2013) observed this phenomenon 

in the dynamic imbibition experiment. The net oil flows upwards, although it also 

moves towards the center of the cylindrical core.  

7) The imbibition from the top and bottom of the core has no interference with 

the imbibition from the sides of the core, and is also of no great importance to 

the ultimate oil recovery.  

8) The imbibition frontal velocity and hence the penetration length from the 

side changes linearly with height z before surfactant imbibition front reaches the 

center of the core, i.e. wbx R  (Figure 7-9). This assumption was justified by 

observation during core flood monitored by CT scanner (Mirzaei, 2013). When 

water front at the bottom of the core advances beyond the center (i.e. wbx R ), 

the oil interstitial velocity become the same everywhere.   
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9) The mobility of non-wetting phase (i.e. water phase in this case) is relatively high. 

It is then assumed that the potential drop in aqueous phase is negligible. Only 

the viscous pressure loss in oil phase is considered 

Before the imbibition front reaches the center of the core, recovery factor in terms 

of recoverable oil (a.k.a. normalized recovery factor) is computed based on the 

configuration of imbibition front and gives, 

21
( )  

3

o wb wb

o

V x x

V R R



   …………………………………………………..……... (7-31) 

The displacement of surfactant imbibition front wbx  (Fig. 7-9) and interstitial velocity 

wbv  are correlated with dimensionless time Dt as:  

4 16
4
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x
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R
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4

16
4

9

wb D
wb

D

dx t R
v

dt t
t

 



……………………………...………………………..…. (7-33) 

 dimensionless time 
( )

ro
D

o oi or

kk g
where t t

S S H



 





. 

When the imbibition front at the bottom reaches the center of the core ( wbx R ), 

Eq. 7-31 and Eq. 7-32 gives the exact solutions: 
2

 
3

and 
11

12
Dt  , respectively. When

11

12
Dt   (or wbx R ), the expression of normalized oil recovery in Eq. 7-31 is not valid 

anymore. The oil recovery for 
11

12
Dt   must be resolved by Aronofsky’s empirical 

function because we observed that Aronofsky’s model fit the late-time gravity drainage 

satisfactorily. Then the total oil recovery can be expressed by adding the oil production 

before and after reaching the center of the core:  
*( )2 1

(1 )
3 3

D Dt tR
e

R
  



    , where * 11

12
Dt  ………….……………….…………. (7-34) 

Or 1 0.8336 Dte 
  ………..…………………………………………………….. (7-35) 
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11 ,
12Dwhere t or wbx R .   

The detail of model derivation is presented in Appendix A.3. The total oil recovery in 

Model #4 is then expressed as follows:    

68 9 4 68 11
1 ,        

27 4 3 27 12

11
1 0.8336* ,                     

12
D

D D D

t

D

t t t

e t



 


    


   


 ………………..….……….……….… (7-36) 

  is normalized oil recoverywhere  . 

As shown in Eq. 7-36, Model #4 consists two expressions corresponding to the 

advancement of surfactant imbibition front before reaching the center of the core (

11

12
Dt  ) and after reaching the center (

11

12
Dt  ). The dimensionless time Dt is in the 

same form of Hagoort’s model.  

7.5.2 Application to Matrix-Fracture Transfer Function 

One of the applications of the full analytic solution developed above is in dual-

porosity simulation where the transfer of fluids between fracture and matrix is 

represented by a transfer function. As already shown in Eq. 7-23, the transfer function is: 

wS
T

t






. All quantities in this study refer to matrix properties (i.e. porosity and 

saturations). The instantaneous water saturation in matrix Sw is correlated with the 

normalized oil recovery , which is defined in Eq. 7-36. Substitution of Eq. 7-36 into Eq. 

7-23 gives 
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………………………………….. (7-37) 

Equations 7-37 represents a new transfer function based on new analytical solution of Eq. 

7-36. It is a closed-form transfer function describing the transfer rate of fluid between 
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fracture and matrix in dual-porosity systems with all relevant physics included as it is 

accounting for both gravity and wettability. It is, however, important to notice that the 

transfer function is restricted to the case where the water saturation in the fracture is very 

close to 100 %. Eq. 7-37 is derived based on the clear understanding of imbibition front 

movement, and does not assume co-current or countercurrent imbibition for the whole 

process. 

7.5.3 Validation of Model #4 with Experiments 

Figure 7-10 shows oil recovery in the unit of OOIP% vs. imbibition time in days 

for four experiments. Aronofsky’s model and Model #4 are plotted together with 

UTCHEM simulation results for comparison. Model #4 predicts oil recovery perfectly in 

early time gravity drainage (Figure 7-10 B, C, and D) or gravity-driven imbibition 

(Figure 7-10A). As a contrast, Aronofsky’s empirical function usually underestimates oil 

recovery in early time drainage/imbibition. It can be clearly seen that the correlation 

based on Model #4 is superior to Aronofsky’s model.  

Similar to Aronofsky’s model, Model #4 has only one curve fitting parameter rok . 

Model #4 tends to fit experimental data significantly more accurate. Note that 

Aronofsky’s matching cannot be improved by just adjusting the fit parameter value rok . 

Since rok is a multiplier of time it will not change the curve shape but just shift the curve 

along the time axis (Standnes, 2010).   

Computed in Eq. 7-37, matrix-fracture transfer rate (in the unit of day
-1

) is plotted 

against dimensionless time Dt in Figure 7-11. It appears that the transfer rate drops 

exponentially. Transfer rate starts to drop faster in the first Dt , and then drops 10 times for 

every 2 Dt .  
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7.5.4 Discussion and Summary 

Model #4 is an attempt to derive an analytical model based on the understanding 

of low tension gravity drainage and imbibition process. The model-predicted oil recovery 

matches perfectly with experimental data in the full range of drainage /imbibition time. 

Heterogeneity is one of the most important characteristic of the carbonate rock. 

Heterogeneity affects imbibition in many ways. In particular, heterogeneity of 

permeability distribution makes the imbibition front spatially wavy, which was observed 

experimentally using a CT scanner (Mirzaei, 2013). The linear imbibition front, as a basic 

assumption in this model, appears to be an impossible event in carbonates. It is expected 

that the wavy imbibition front caused by heterogeneity might not be that important in the 

reservoir scale. Fortunately, the matching between model and experiment data seems to 

be very good in all the examples presented before, even with the presence of wavy 

imbibition front. It is not known whether the phenomenon indicates the proposed model 

is physically incorrect or if the model averages out the effect of frontal waviness.  

The interstitial velocity at the bottom keeps in high values even when the 

imbibition front reaches the center of the core ( 11
12Dt  ). The dimensionless imbibition 

depth ( /wbx R ) and interstitial velocity (in the unit of cm/day) are computed in Eqs 7-32 

and 7-33, respectively. Experimental data from Hirasaki, et al. (2004) was used to 

compute interstitial velocity at the bottom of the core (maximum velocity). The 

interstitial velocity continues to decrease from 0.174 cm/day ( 0Dt  ) to 0.1 cm/day (

11
12Dt  ). The model assumes the aqueous solution only flows horizontally. It is not 

reasonable that the flowing of water suddenly ceases at the center of the core. In this 

regard, this model, or maybe just the assumption, has inherent drawbacks. 

In summary, a single-parameter fit analytical model has been described for 

prediction of oil recovery in low tension aided gravity drainage or imbibition process. 
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Model #4 improves the fit to experimental data compared with Aronofsky’s exponential 

decay correlation, especially for the early time drainage/imbibition. 

7.6 MODEL #5: IMPROVED SCALING TO INCLUDE VUGGY PORES 

7.6.1 Model Description 

Very few scaling terms consider the reservoir heterogeneity. Kazemi et al. (1992) 

first proposed an empirical function for the cumulative oil recovery in the form of 

1 2

1 2
N tt t

N
R R R e R e R e

   


     ………………………………………..……. (7-38) 

where, 
1

n N

n

n

R R






 , and λ1, λ2,… and R1, R2… are some empirical constants. However, 

Kazemi et al. did not elaborate the physics of the oil displacement process in this 

formulation. Civan (1993) derived a double exponential transfer function, of a form 

similar to Eq. 7-38, based on a rigorous theoretical analysis. The derivation considered 

that oil is first transferred from matrix to the matrix-fracture interface before it can be 

entrained by the flowing water in the fracture.  

Gupta and Civan (1994) introduced a third exponential term attributed to the 

contribution of the dead-end pores in the matrix. The derivation of triple exponential 

transfer function in the context of vuggy carbonates is shown in Appendix A.  Gupta 

and Civan (1994) formulated the oil production equation as:  
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where 1 2 3,   and     are called production decline rates, which are empirically 

determined by curve fitting. 1 2 3,   and    are rate constants associated with the oil 

transfer in the interconnected, oil transfer in matrix-fracture interface, and discharge of 

oil from the dead-end pores to the interconnected pore, respectively (Figure 7-13). R

represents the recoverable oil contained initially in the interconnected and dead-end pores 

of the matrix. The fraction of recoverable oil presented in the interconnected pores and in 

the dead-end pores denoted by fn and fd, respectively, and  

fd + fn=1……………………………………………………………………………... (7-43) 

The fraction of recoverable oil fn and fd can be determined either by direct 

petrophysical measurements or inferred as a part of model fitting process. In this sense, 

we have four independent model fitting parameters in this triple exponential transfer 

function. A least-square nonlinear regression of these data yields the values of λ1, λ2, λ3 

and fd. The remaining parameters are calculated using correlations.   

The triple exponent transfer function represented by Eq. 7-39 can readily be cast 

into a dimensionless form to incorporate the dimensionless time Dt : 

3
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1 Dj Dt
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where dimensionless rate constants are defined as: 
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Note that the coefficient a1, a2, and a3 can still be obtained using Eqs. 7-40 

through 7-42 if 1 2 3,  ,  and    are replaced by 1 2 3,  ,  and D D D   , respectively (Gupta 

and Civan, 1994). 

7.6.2 Interpretation of Experimental Data 

Validation of this model was conducted by comparing the presented model with 

experimental data from literature and also from this work. The experimental data of 
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Hirasaki et al. (2004) and Adibhatla and Mohanty (2008) and two experiments on 

Silurian dolomites, scaled using dimensionless time proposed by Hagoort et al. (1980), 

are plotted in Figure 7-14. For comparison, the curves based on the triple exponential 

function and Aronofsky’s single-exponential function are plotted together. As discussed 

before, Aronofsky’s model underestimates early time oil production. However, the 

quality of match by triple exponential function is observed to be fairly well over the full 

range. The parameters determined by curve fitting or best regression analysis for triple 

exponential function are listed in Table 7-3.  

Oil recovery data from four low tension gravity drainage experiments, conducted 

on highly vuggy field carbonates, is plotted against Dt in Figure 7-15. The improvement 

of matching by triple exponential function, compared with Aronofsky’s function, is more 

clearly indicated in this case. The oil production rate tends to drop faster for late time 

drainage experiments in Field carbonates. Although this feature is not captured by 

Aronofsky’s model, it is well represented by triple exponential function. The values of 

parameters determined by curve fitting in Figure 7-15 are presented in Table 7-3. As 

indicated in Table 7-3 for both rock types, oil transport in the interconnected pores in a 

fastest rate than oil flowing in other domains because 1 2 3   . The oil recovery from 

dead-end pores is in an extremely slow process, while the fraction of recoverable oil in 

dead-end pores contributes significantly to the total oil recovery.   

7.6.3 Discussion and Conclusions 

As discussed before, the triple exponential transfer function given by Eq. 7-44 (or 

Eq. 7-39) contains four independent parameters 1 2 3,  ,   and D D D df   . Although Eq. 7-44 

(or Eq. 7-39) is nonlinear, by a regression analysis between model’s predictions with 

experimental oil recovery data, four independent variables can be uniquely determined. 

The parametric sensitivity study was carried out and presented in Figure 7-17. The 
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optimized parameters in case 1 yield the best match between model and experimental 

data. The increase of 3 2,  D D  , significantly enhances oil recovery rate in late-time and 

early-time drainage, respectively. The oil recovery rate does not decline dramatically just 

by decreasing the value of 1D for 10 times (Case 4 vs. Case 1). Case 5 and 6 have shown 

that the decrease of the fraction of dead-end pores df  enhances oil recovery rate 

significantly over the entire drainage process.  

The distribution of oil saturation in matrix/fracture system evolves during the 

process of gravity drainage or imbibition. In Figure 7-16, ,  ,  ,  and d n i fV V V V are the 

fractional volumes (normalized with total recoverable oil) of oil remaining in the dead-

end and interconnected pores, accumulating in matrix/fracture interface and recovered in 

fracture path. They were computed by the correlations derived in the triple exponential 

model (Appendix A). All the recoverable oil in the interconnected pores flows towards to 

matrix/fracture interface and build up an oil bank in very short time ( 0.01 Dt ), 

corresponding to 2.5 hours in this core-scale experiment (SD-17). The oil discharged 

from dead-end pores instantly moves to the interface of matrix and fracture because of 

extremely high oil transport rate in the primary network. The total oil recovery appears to 

be controlled by how fast of oil is discharged from dead-end pores and how efficient the 

communication is across the matrix/fracture interface.  

 The values of parameters in triple exponential function obtained from curve 

fitting or regression analysis, however, do not represent the real properties of the rock 

fluid system. Civan and his colleagues have claimed that this triple exponential function 

describes the physics of immiscible flow and represents the mechanisms (Gupta and 

Civan, 1994; Civan and Rasmussen, 2001). Unfortunately, this claim cannot stand the 

light of scrutiny. 
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1) The model reduces the number of the independent parameters in the triple 

exponential function from 9 in Kazemi et al. (1980) to 4, which enable this model 

to predict oil recovery in a unique form. However, triple exponential model is 

merely a complex version of Aronofsky’s empirical model, because it was derived 

on a baseless assumption that the oil transferred at various points of naturally 

fracture formations is assumed to occur at rates proportional to the oil available at 

those sites. 

2)  The model improves significantly the quality of matching of experimental data. 

However the values of parameter determined in this model failed to represent the 

true properties of the rock fluid system. As indicated in Figure 7-16, the 

contribution of oil recovery from dead-end pores is apparently overestimated. The 

conclusion that oil recovery rate is controlled by the transfer rate within the 

interface of matrix and fracture is also very paradoxical.  

Essentially, all models are wrong, but some are useful. The triple exponential 

function should be used with caution. 

As a summary of this model, triple exponential function offers a significant 

improvement in the quality of match between predicted and experimental oil recovery. 

However, the values of matching parameters have no physical meaning.   

7.7 CONCLUSIONS 

In this chapter, we introduced three current available models for the prediction of 

oil recovery by gravity-driven imbibition or drainage, and then validated them against 

experimental data. The dimensionless term ,D g
t by Hagoort (1980) is able to scale the 

gravity-driven processes even with changing wettability and IFT. However, Hagoort’s 

analytical solution poorly predicts the oil production in gravity drainage, and the 

deviation is about 20% of recoverable oil. Aronofsky’s empirical function (1958) 
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underestimates the early time oil recovery, but matches the later-time oil recovery in 

gravity drainage. Arofosky’s model simply assumes the oil production rate is a first-order 

function to the instantaneous recoverable oil remained within the rock, which is not true 

in the gravity-driven imbibition or drainage. The triple-exponential function proposed by 

Gupta and Civan (1994) offers a significant improvement in the quality of matching 

between model prediction and experimental oil recovery in the vuggy carbonates. 

However, the values assigned in the matching parameters do not represent the real 

physics.  

More importantly, two new analytical models were developed in this work. In 

Model #3, we modified Aronofsky’s model by taking into account of changing of rok as a 

function of the dimensionless time ,D g
t , which was found to be a uniquely determined 

function for a specified crude oil/brine/rock system. Model #3 significantly improves the 

quality of history matching of experimental oil recovery data provided from this work 

and from the literature. Model #4 only considers the viscous pressure loss v in oil 

phase, and assumes the surfactant solution enters the core from the sides and oil is 

produced vertically. The values assigned to matching parameters are physically 

reasonable, which implies that Model #4 reflects the physics of oil recovery. The 

derivation of new models enhances the understanding of the physics behind the gravity 

drainage or gravity-driven imbibition process. The new models have also been applied to 

develop matrix-fracture mass transfer rates for dual porosity simulators. 
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Table 7-1 Fluid and rock properties for the imbibition experiments from the literature 

Properties Adibhatla et al. (2008) Hirasaki et al. (2004) 

Length (m), H 0.119 0.0762 

Diameter (m), D 0.019 0.019 

Permeability (md), k 150 122 

Porosity,   0.22 0.24 

Oil Relative Permeability, kro
*
 0.25 0.5 

Density Difference (kg/m
3
), /o w  150 117.8 

Initial Oil Saturation, Soi 0.7097 0.68 

Residual Oil Saturation, Sor 0.32 0.38 

Time in Surfactant, days 144 138 

Ultimate Oil Recovery, %OOIP 54.91% 44.12% 

Oil Viscosity (cp), o  19.1 19.1 

Water Viscosity (cp), w  1 1 

 

 

Table 7-2: The values of parameters used in Hagoort’s modeling of gravity drainage 

 Corey exponent n  Oil relative perm o

ro
k  

SD-13 (1% IMP) 3 0.16 

SD-14 (1% AKL-523) 3 0.21 

SD-17 (1% AKL-531) 3.5 0.10 
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Table 7-3: Parameters of Gupta & Civan’s model for vuggy carbonates 

Parameters, units Silurian Dolomites Field Dolomites 

1 , day
-1

 51.13 4.78 

2 , day
-1

 1.329 1.530 

3 , day
-1

 0.092 0.043 

1a  -0.00797 -0.328 

2a  0.255 1.017 

3a  0.753 0.311 

df , fraction 0.7 0.3 

1D , dimensionless 500 100 

2D , dimensionless 13 32 

3D , dimensionless 0.9 0.9 
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Figure 7-1: Schematic of oleic/aqueous phase gravity/capillary pressure gradient for an 

oil-wet core which has a uniform oil distribution at immobile water 

saturation. Dashed lines 1 and 2 represent the reduced aqueous phase 

pressures (then Pc drops) when low IFT surfactant imbibes into the core. 
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Figure 7-2: Oil recovery versus dimensionless time (tD,g). Time is scaled according to 

scaling group proposed by Hagoort (1980), 
*
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kk g
t t

H
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Figure 7-3: Oil recovery by gravity drainage as a function of dimensionless time: 

comparison of Hagoort’s model with experimental data.  
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Figure 7-4: Comparison of the oil recovery calculated by Aronofsky’s empirical function 

with gravity drainage experimental data. 

 

Figure 7-5: The regression analysis of * *
( ) . 

D D
f t vs t  from data reported in Hirasaki et al. 

(2004) and Adibhatla et al. (2008).  
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Figure 7-6: Low tension aided spontaneous imbibition data from Hirasaki et al. (2004) 

and Adibhatla et al. (2008) compared to predictions by Aronofsky’s model 

and Chen’s Model, and also compared with UTCHEM simulation results.
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Figure 7-7: Comparison of Aronofsky’s model with Chen’s Model on three gravity drainage experiments in Silurian 

Dolomites. (A) Regression analysis of f(tD*) vs. tD*; (B), (C) and (D): Model fitting of experimental data.
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Figure 7-8: Model comparisons in the low-tension drainage/imbibition in the field cores. 

(A) f(tD*) vs. tD*; (B) and (C): Model fitting of experimental data.  
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Figure 7-9: Schematic of oil gravity drainage aided low tension. (1) Surfactant imbibition 

front has not reached the center of the core (xwb<R); (2) Imbibition front 

advances beyond the center (xwb>R). 
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Figure 7-10: Comparison of two models in the prediction of oil recovery by surfactant-mediated gravity drainage. 
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Figure 7-11: The evolution of matrix-fracture transfer rate computed by Model #4.   

 

Figure 7-12: Profiles of dimensionless depth and interstitial velocity of imbibition front at 

the bottom of the core. The scaling term tD=11/12 is the time when the 

imbibition front reaches the center. 
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Figure 7-13: A pore-scale conceptual model of imbibition process in vuggy carbonates 

(after Gupta and Civan, 1994). 

 

Figure 7-14: Representation of data from Hirasaki et al. (2004), Adibhatla et al. (2008) 

and two experiments on Silurian dolomites by triple exponential function. 
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Figure 7-15: Representation of data from four low tension gravity drainage experiments 

by Gupta & Civan’s triple exponential function.  

 

Figure 7-16: The distribution of recoverable oil in the matrix/fracture system. Lab data is 

referred to the gravity drainage experiment on Silurian dolomite core SD-17.  
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Figure 7-17: Parametric sensitivity study of triple exponential function by matching of a 

low tension aided gravity drainage experiment.  
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Chapter 8:  Effects of Small-Scale Fractures on Transport of 

Partitioning Tracers in Fractured Porous Media 

8.1 INTRODUCTION 

The use of a single-well tracer test (SWTT) method to measure residual oil 

saturation in watered-out formations has been described by Tomich et al. (1973). The 

tracer method has also been modified and extended to permit in-situ determination of 

connate water saturation in formations producing water-free oil (Deans, et al. 1974). 

SWTT can be used to evaluate the microscopic displacement efficiency of an enhanced 

oil recovery (EOR) process relatively quickly and inexpensively. However, reservoir 

heterogeneities, including fracture and vuggy pores, introduce difficulty in the 

interpretation of tracer tests, and that is investigated in this chapter.   

In many naturally fractured reservoirs, faults and fractures can be isolated (i.e., 

not a connected-network fracture system). The reservoir of interest has a complex 

fracture/vug topology with some vugs being connected by fractures, while other vugs 

may be isolated and surrounded only by porous rock (Shen, et al. 2009). Transport of the 

tracers in this reservoir is controlled by the heterogeneities of the fractures.  

Two scales of fractures were found in the reservoir of interest, namely fracture 

corridor at the large scale and small discrete fractures at the small scale. Fracture 

corridors are defined as those that contribute to global flow and transport through th 

domain and small discrete fractures are the ones that are not directly connected globally 

but connected to both large fractures and the porous matrix. 

Because of low diffusion-dominant mass transfer between matrix and fracture, the 

model of SWTT in the large scale fractures suffers from being insensitive to the oil 

saturation in the non-flowing matrix pores (Tang, et al. 2001). Proper placement of 

conformance gel is needed to successfully block the conduits and divert tracers into the 
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matrix. The performance of tracer transport in fracture at reservoir scales should be 

coupled with conformance control procedures; however it is out of scope of this study. In 

this section, we will only focus on analysis and modeling of tracer transport behavior in 

small scale fractures and matrix. 

Even in small scale, characterization of fractures still includes defining fracture 

parameters such as fracture orientation and density, fracture length, height, aperture, and 

network connectivity. We mainly investigated the effect of fracture orientation in the 

experimental work, while we performed simulation study of the effects of other key 

parameters of fractures on the tracer flow. 

The first part of this chapter is directed towards developing a bench-scale SWTT 

method to measure connate water saturation in fractured porous rocks. The method was 

tested and validated by performing a SWTT test in homogeneous sandstone. Four bench-

scale SWTT tests were then conducted in porous media with a single fracture in different 

orientations to investigate the effects of fracture orientation on the tracer flow. All the 

experimental tracer profiles were history matched and interpreted using the UTCHEM 

tracer model. The second part of this chapter is to study the effects of fracture in field-

scale SWTT test. UTCHEM simulations were performed in various permeability fields 

which contained a fracture with varying orientation and length. The effect of fluid drift 

on SWTT, as a case of flow irreversibility, is also discussed. Some key findings in SWTT 

tests are listed at the end of this chapter.   

8.2 DEVELOPMENT OF BENCH-SCALE SWTT TEST  

8.2.1 Tracer Chemistry and GC determination 

Four small organic compounds, including n-Propanol (i.e. NPA), Methyl Ethyl 

Ketone (i.e. MEK), 3-Pentanone, and n-Propyl Formate (abbrev. PrFr), were used as 
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SWTT tracers, in which NPA was a non-partitioning product tracer, MEK was a cover 

tracer, Pentanone was a material balance tracer, and PrFr was the primary (reactive) 

tracer. Table 8-1 shows the vendor, molecular weight, density, partitioning coefficients 

dk  of each tracer and the hydrolysis rate constant hk for reactive tracer Propyl Formate, 

where dk is defined by 

( )
( )

( )

o
d

w

C i
k i

C i
 …………………………………………………………………………. (8-1) 

where i refers to each tracer. 

 With a density of 0.73 g/cm
3
, n-decane was used as the model oil. Decane has a 

very low solubility in water (0.052 mg/L at 25
o
C). This low solubility in combination 

with nonvolatile property and almost immobile water flow ensure that there would be no 

significant losses of tracers during the course of the experiments. The formation brine 

with salinity 118,000 ppm was used together with n-decane to form a two-phase system 

for the tracer flow study. 

 Gas chromatography with a flame ionization detector (FID) remains an efficient, 

accurate tool to quantify tracer concentrations. Agilent 7890A Model GC and its 

autosampler facilitate the high throughput screening of chemical tracers and 

quantification of tracer concentration in the effluent samples. The selection of column 

was a balance between resolution, efficiency, reliability, and cost. The GC program, 

shown in Table 8-2, was developed to elute these tracers in a single run as separate peaks. 

The example data acquired from GC is shown in Figure 8-2A. The standard curves for all 

the tracers used in experiments were established, as shown in Figure 8-2B. The linear 

correlation between chemical concentration and peak area was verified in this process.  

 The traces produced in the oil phase were first extracted into the brine phase 

and then injected into the GC inlet for concentration determination. The partitioning 
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coefficients of these tracers were determined accurately at the experimental conditions, 

because they were used to back calculate the tracer concentration in the oil samples.     

8.2.2 Experimental Methods 

8.2.2.1 Determination of Partition Coefficient Kd 

Equation 8-1 gives the definition of a partition coefficient. Methods for measuring 

portioning coefficient have been reported in the literatures (Deans et al., 1980, Carlisle et 

al., 1982). Batch equilibrium experiments were used to measure the partition coefficients 

of each tracer between reservoir brine and n-decane. 5 ml reservoir brine containing 1% 

tracers was equilibrated with 5 ml n-decane in a ~16 ml glass tubes at the reservoir 

temperature (59
o
C). The tubes were sealed by phenolic screw caps with rubber liners to 

minimize tracer loss at the elevated temperature. The tubes were agitated by a shaker for 

durations of 4 hours, 8 hours and 16 hours, and the tracer solution was sampled after 

centrifugation at 1000 rpm for 4 minutes. The tracer concentration in brine phase was 

quantified before and after equilibrium using an Agilent 7890A model Gas 

Chromatograph (GC). Neglecting the formation volume correction, Kd is calculated as: 

i w
d

w

C C
k

C


 …………………………………………………………………………. (8-2)  

where Ci and Cw are the initial and equilibrated aqueous-phase tracer concentrations in 

mg/L. 

8.2.2.2 Determination of Rate Constant of Hydrolysis: Kh 

In the ambient pressure hydrolysis experiments, a series of 16ml glass tubes filled 

with 10ml of tracer solution and 0.5g (~0.5 mol/L) CaCO3 powder and were equilibrated 

at the reservoir temperature. After equilibrium, one tube at a time was taken out of the 

oven and stored in a refrigerator for subsequent sampling and GC analysis. Usually, at 
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least 5 tubes were set for one hk  test: 4hrs, 8hrs, 16hrs, 24hrs, and 48hrs sampling times. 

The change of pH of the tracer solution, because of producing acid during the hydrolysis, 

was monitored using a pH meter. The tracer concentration was quantified using an 

Agilent 7890A model Gas Chromatograph equipped with both FID and a packed column. 

The procedure to compute tracer Kh from GC data is listed below: 

1) Adjust the peak area of primary tracer based on internal control (or mass balance 

tracer); 

2) Plot the semi-log graph: natural log of peak area of primary tracer versus time; 

3) The slope of the linear region (at early time of hydrolysis) is the negative of the 

hydrolysis rate constant of each tracer. 

4) Further step: adjust the peak area of the primary tracer based on the increase of 

product tracer if stoichiometry is known and the standard curve of tracer is 

established. 

5) Plot the semi-log graph of peak area of primary tracer (from step 4) versus time 

and obtain the slope as shown in Step 3. 

6) Compare these two hydrolysis rates. If close enough, the measurement is reliable 

and the hk value is adopted. If not, GC method or the stoichiometry should be 

improved. 

The hydrolysis rate is a strong function of temperature, brine salinity and especially pH. 

The value of hk  determined in the batch experiments might not be very accurate, but 

will be considered as the reference value. In history matching of tracer production profile, 

the hydrolysis rate is used as a matching parameter.  
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8.2.3 Preparation of Fractured Cores  

Berea sandstone was chosen for this study because it is fairly homogeneous. First 

SWTT test was conducted in a Berea sandstone without any fracture to validate the 

methodology and also to determine the matrix dispersivity. In other four Berea cores, 

single fractures were introduced at 0
o
, 30

o
, 60

o
, and 90

o
 to the main flow. An electric saw 

was used to create a single fracture in each core. The fracture surface appeared to be flat 

and the integrity of the facture surface was maintained as much as possible. 

The fracture halves were weighted and measured for their dimensions. They were 

put back together and one thin layer of “o” shaped rubber ring was inserted in between. A 

thin layer of 50-200 mesh size fine sands were loosely packed inside of ‘o’ shaped rubber 

ring and then a high viscosity epoxy glue was used to bond all different pieces together, 

and also used to seal the edges of the fractures along the core length. Figure 8-3 shows an 

example of this procedure for a 30
o
-orientated fractured core. 

As to 0
o
 orientated fractured core, we intentionally made a half-opened fracture in 

the core and the rubber was used to completely block the other half. The purpose of this 

design was to introduce the fracture and also force the tracers to flow through the matrix. 

Figure 8-4 presents the structure and dimensions of this 0
o
-orientation fractured core. The 

appearances of all the fractured cores are presented in Figure 8-5. 

8.2.4 Fickian Dispersion and Non-Fickian Tails 

One of the important parameters, which control the quality of tracer profile, is the 

longitudinal dispersion coefficient KL or dispersivity α of the rock. The simple 1D 

dispersion model represented by the Advection Diffusion Equation (ADE) is as follows: 
2
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t x x

  
  

  
……………………………………………………….….. (8-3) 
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Using the appropriate initial and boundary conditions, Eq. 8-3 yields a solution for the 

effluent concentration in dimensionless form: 















































Pe

D

DDPeNDx

Pe

D

DD
D

N

t
2

tx
erfce

2

1

N

t
2

tx
erfc

2

1
c .……………………………….. (8-4) 

where I
D

J I

C C
C

C C





…………………….………………………………………….. (8-5) 

x
D

u t
t

L
 , D

x
x

L
 …………………………………………………………..………... (8-6) 

and the Peclet number, 

x
pe

L

u L
N

D
 ……………………………………………………………………………. (8-7)  

A miscible tracer test, where a high salinity brine (1× formation brine) displaces a 

low salinity brine (1/5× formation brine), was performed in a non-fractured Berea core 

#B1. The petrophysical properties of this core are presented in Table 8-3. The ionic 

concentration (Na
+
, Cl

-
) of each effluent sample was measured in an Ion Chromatograph 

(Dionex ICS- 3000 system). The resolution of the concentration measurement is 1ppm. 

The breakthrough curve of Cl
-
 ion obtained by observing the concentration at the outlet 

end of the porous medium (where xD =1) in the dimensionless forms is plotted in Figure 

8-6A.  

The 1D dispersion model described in Equation 8-4 was used to match the 

experimental data by adjusting the single parameter Npe. The overall model fit is fairly 

good, while it underestimates the effluent concentration at early times. Ignoring the early 

time tailing, we obtained Peclet number, Npe=140, from curve fitting. The value of Npe 

can be used to calculate the longitudinal dispersion coefficient, which is given by:  

x
L

pe

u L
K

N
 ………………………………………………………………………........ (8-8) 
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And then the dispersivity is approximated by, 

L
L

K

v
  ……………………………………………………………………………… (8-9) 

Another way to determine Npe is to neglect second term in the right side of Eq. 8-

4, because it is usually very small in comparison to the first term. The Eq. 8-4 can be 

rewritten as: 

 -1D
D

D

1- t 2
erf 1- 2C

t Npe
 ………………………………………..……….…….. (8-10) 

Thus, Eq. 8-10 can be used to determine the Peclet Number Npe , and then longitudinal 

dispersion coefficient KL and dispersivity . Plot the data with the inverse error function 

on the x-axis in Figure 8-7. The slope comes out to be 0.1639, from which Peclet number 

Npe =148.9, and dispersivity L =0.215 cm (or 0.007 ft). 

The dimensionless mixing length between CD = 0.90 and CD = 0.10 is given by 

,0.1 ,0.9
3.625

D D D
x x x L    …………………………………………………… (8-11) 

Dwhen solute flow breakthrough (t =1). The results for this miscible tracer test 

9.22Dx cm   indicate a mixing zone of 9.22 cm exists in one foot core length.  

By comparing with ADE model fit, the tracer breakthrough curve in Fig. 8-6A has 

shown the early breakthrough, which characterizes the non-Fickian flow behavior. Coat-

Smith capacitance model was attempted to capture this abnormality. By varying flowing 

fraction and mass transfer rate between flowing and stagnant regions, the multiple 

simulation runs were performed in UTCHEM. The model fitting with effect of 

capacitance does not yield the satisfactory result, as indicated in Fig. 8-6B. It appears that 

the pronounced early breakthrough does not come from the pore-scale trapping of tracer 

molecules by stagnant porosity. Previous studies have also found no pore-scale trapping 

mechanism exists in Berea Sandstone for tracer flow (Brigham, 1974; Baker, 1977; Gist 

et al., 1990).  
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Peters et al. (1996) have investigated of the dispersion in a miscible tracer test in 

Berea Sandstone through Computed Tomography (CT) imaging. They found that the 

mixing zone was distorted d by permeability heterogeneity of the core. Hence we 

proposed that early breakthrough in laboratory measurement are due to permeability 

heterogeneities. However, it is not possible to separate the effects of intrinsic dispersion 

and the heterogeneity induced macroscopic dispersion without detailed knowledge of the 

geometry and permeability of the heterogeneities (Gist et al., 1990).  

The global or even millimeter-scale heterogeneity can also produce long time 

tailing. It might seem that the observed BTC does not exhibit late-time tailing, as shown 

in Figure 8-6. In order to carefully study later time tracer concentration growth/decay 

behavior, the same data was plotted as 1-CD vs. tD in Figure 8-8 in a log-log plot. The 

tracer concentration profiles exhibits anomalous long-time tail, more specifically the 

power law decay in tracer concentration was observed in the experiment. Moreover the 

power-law long time behavior, instead of commonly observed exponential decay of 

tracer, was not an occasional event; it consistently appeared in the pulse tracer tests 

(SWTT and IWTT) in Berea Sandstone in later experiments. The critical concentration 

(or normalized concentration CD), from which the tracer concentration decline curve 

starts to deviate from dispersion model, is in the range of 1-5% of injection concentration.  

The power-law tracer concentration decay pattern could be the effect of the 

pronounced tracer adsorption (Drazer et al., 1999) or the effect of permeability 

heterogeneities in porous medium. The models which account for power law decay 

behavior include introducing of fractional-order dispersion term (Benson et al., 2001) and 

continuous-time random walk approach (Drazer et al., 1999). Gist et al. (1990) has found 

that in the limit of low flow velocity, the long-time tail disappears. Since we did not 

systematically investigate the effect of flow rate on tracer test, it is hard to evaluate the 
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cause of power law decay pattern. Also although the power-law tracer concentration 

decay pattern was an interesting topic, we did not pay too much attention to it because the 

tracer test study in this chapter was mainly dedicated to investigation of the effects of 

small scale fracture effect on tracer flow.  

Lastly, the dispersivity determined in this miscible tracer flow experiment will be 

used as a reference value of a physical dispersivity for the oil phase (water is the 

immobile phase) in the UTCHEM simulation. In fact, the history-matching determined 

dispersivity value was 0.008L ft   in multi-phase flow, which was comparable to 

0.007L ft  measured in this single phase tracer test.  

8.2.5 Core Saturation 

The fractured core, surrounded by a heat shrink tube, was placed in a Hassler core 

holder. The core holder was confined and the overburden pressure was set at 1000 psi. 

Core porosity and permeability was then measured using a gas method. Then the core 

was evacuated and flushed with CO2 to remove as much of the air as possible. The core 

was then saturated with the formation brine (Sw = 1).  

The liquid absolute permeability was experimentally determined using Darcy’s 

law. A mineral oil, which is 78.6cP at room temperature, was pumped into the core until 

the residual water saturation was achieved. At least three pore volumes of the mineral oil 

were pumped from both sides to minimize capillary end effects. The flow rate was set 

high enough to minimize the streamline effect of fracture. Lastly n-decane, which is 

0.85cP at the room temperature, was used to miscibly displace mineral oil until the 

effluent sample was clear and appeared to be pure decane (minimum six pore volumes).   
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8.2.6 Typical Procedures of Bench-Scale SWTT 

 The typical procedure of a field-scale SWTT include design of a tracer slug 

formulation, injection of a tracer slug and a pushing slug, shut-in to soak, production of 

the tracer back to injection site and then determination of the tracer concentration  in 

effluent samples. Compared to field-scale application, the bench-scale SWTT has a 

boundary effect in a short core. In order to avoid tracer loss, an inter-well tracer test 

(IWTT) was conducted to determine the appropriate injection volumes of the tracer slug 

and the pushing slug. The breakthrough time of each tracer can be determined from the 

breakthrough curves of IWTT. 

A typical procedure of a bench-scale IWTT and SWTT is presented in Table 8-4. 

The example values of parameters in Table 8-4 are for IWTT and SWTT tests in Berea 

core B1, which are presented just for references. They are not required to be exactly the 

same for each test. As mentioned earlier, in a fractured porous medium, determination of 

connate water saturation Swr (and the initial oil saturation Soi) is the main objective for the 

SWTT in this study. A high amount of primary tracer propyl formate (5% w/v) was used 

to ensure that the concentration of the product tracer fell in the optimum range of GC 

measurement capability. The injection rate and production rate were designed to mimic 

the rates used in field tests, in a range of 10-40 ft/day. The shut-in period (4 days in this 

case) was optimized to ensure both primary and secondary tracer concentrations can be 

determined accurately. 

The objective of conducting an IWTT ahead of SWTT was to determine the 

injection volume corresponding to tracer breakthrough from the end of the core. The 

mean residence time for a non-partitioning tracer in a bench-scale experiment should be 

one swept pore volume, or tD=1. Because of partitioning between phases and increased 

tailing in the presence of fractures, several pore volumes of injection is needed to obtain a 
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complete response curve for a partitioning tracer. In practice, the bench-scale tracer test 

can be ceased only when the tracer concentration drops below the detection limit.  

The partitioning tracers have mean residence times of 40 mins-2 hours in these 

tracer tests. High flow rates, which result in small mean residence time, could lead to 

non-equilibrium between partitioning tracers in mobile n-decane phase and the residual 

water phase. Capacitance effect might exist if this non-equilibrium effect is appreciable.  

8.2.7 One Dimensional Tracer Flow Model 

In order to model the entire process of a single well test, we must write equations 

which include all the effects observed. These effects include local accumulation of tracer, 

convection flow of tracer with injection solvent, dispersion and mixing effects, and 

chemical reactions. The 3D tracer transport equation is given by: 

( )
( ) ( ) 0

c
vc D c R

t


 


      


…………………………………………….. (8-12) 

where v is the phase velocity, which satisfies 0v  (incompressible, steady flow); 

D is the dispersion tensor whose elements are normally assumed to be linear functions of 

the components of v ; and R is the chemical reaction of the tracer. 

1D solute transport model (assume constant porosity Φ) is given by: 
2

2
0i i i

x L i

C C C
v K R

t x x
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where vx is the interstitial velocity in the porous medium.  

The flow of reactants and products was assumed to be at “very large” (>100) 

Peclet number in a typical SWTT. Under these conditions, the elements of the dispersion 

tensor D  are to known to be linear functions of the axial velocity component xv . The 

other assumption is that only one phase is mobile. Then Eq. 8-13 is rewritten as: 
2
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(1 ) 0i i i

i x x i

C C C
v v R

t x x

  
    

  
…………………………………………….. (8-

14) 
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where Ci is the trace concentration in injection fluid phase (n-decane), and tracer reaction 

term Ri and retardation factor βi are expressed as:  

( )  i h d iR k k i C  ……..……………………………………….……………………. (8-15) 

( )*

1

d
i

k i ROS

ROS
 


……………………………………………………….…………… (8-16) 

Where ROS is remaining oil saturation or connate water saturation, and kd is defined in 

Eq. 8-1. Ri is negative for primary reactants and positive for product tracers. Equation 8-

14 can be solved numerically into implicit solution and explicit solution. Fig. 8-9A shows 

the model curves fit to the response data for each of tracers in an IWTT test in non-

fractured Berea Sandstone B1. The model fit with a SWTT test in core B1 is presented in 

Fig. 8-9B. The model fits with Propyl formate, MEK and Pentanone are visually good, 

while the model fit to n-Propanol data is not satisfactory, as indicated in Figure 8-9A.   

8.2.8 Interpretation of Tracer Tests in UTCHEM  

UTCHEM simulate tracer flow in non-fractured porous media by solving 

convection-diffusion equation in every gridblocks. For the IWTT test in non-fractured 

Berea Sandstone Core B1, the tracer breakthrough curves (BTCs) of three tracers are 

shown in Fig. 8-10. The history matching of experimental data is matched satisfactorily 

by assigning a value of 0.008 ft to dispersivity and 1×10
-6 

cm
2
/s to the molecular 

diffusion coefficients (for all three tracers). The value of dispersivity determined by curve 

fitting is close to the dispersivity value determined in a single phase tracer test 

experiment (not including the numerical dispersion). This result implies that the multi-

phase dispersivity is higher or close to the value determined in a single-phase tracer test. 

In Fig. 8-10, tracer peaks separate from each other because of their different partitioning 

coefficients. It is also obvious that the larger retention time, the more dispersed is the 

concentration peak. 
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The tracer breakthrough curves (BTCs) of a SWTT test on Berea sandstone B1 

are shown in Figure 8-11. The SWTT key parameters were presented in Table 8-3. Note 

that the values of dispersivity and molecular diffusion coefficients were set to the same as 

those in previous IWTT. The quality of history matching of BTCs by UTCHEM is 

superior. The peaks of the cover tracer MEK and the primary tracer propyl formate, 

which have different partition coefficients or retardation factors, overlay each other 

indicating SWTT follows the rule “fast in fast out; slow in slow out”. The experimental 

data and simulation results are shown in a semi-log plot in Figure 8-12. The deviation of 

tracer concentrations between GC measurement and simulation prediction becomes large 

at late times for all four tracers. UTCHEM simulation predicts that there should be less 

tailing of BTCs at late times than the experiment. The error in the concentration data 

increases as the detection limit of the GC is approached, which partially explains the 

discrepancy. The other possibility is that the equilibrium of tracer partitioning between 

phases has not been completely achieved because of small residence time of each tracer. 

We did not perform the injection of tracer slugs at smaller rate. Hence the evaluation of 

this deviation at late time of tracer test cannot be fully resolved.    

The commercially available ester (primary tracer) usually contains appreciate 

amount of the corresponding alcohol (secondary tracer). Both the simulation result and 

experimental data from SWTT indicate the presence of this contaminant. As shown in 

Fig. 8-11, the secondary tracer n-propanol was eluted as two peaks. The first small peak, 

which is the alcohol contaminant of propyl formate, was eluted at 0.5PV, which coincides 

with the peaks of MEK and propyl formate. The contaminant of n-Propanol in Propyl 

Formate is about 3% (w/w) as determined by the GC analysis, which matches the purity 

value indicated in the material data sheet. It should also be noted the dimensionless 

concentration of n-propanol is one order of magnitude less than other tracers. However, 
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the concentration of n-propanol is 100~5000 mg/L, which can be determined by the GC 

with optimum accuracy (Figure 8-13).   

To summarize this section, the transport of tracers follows the classic convection-

diffusion equation, and does not possess any capacitance effect. The tracer concentration 

declines as a power-law tail at small tracer concentrations. 

8.3 SINGLE FRACTURE CORE EXPERIMENTS 

8.3.1 Fractured Core B2: 90
o
 Orientation 

An IWTT and a SWTT test were conducted in Berea core B2, which contains a 

single-fracture 90
o
 against the main flow direction. In IWTT test, three tracers were 

injected with n-decane into the core at the residual water saturation. Based on partitioning 

coefficient, 3-Pentanone was considered to be oil-phase non-partitioning tracer, NPA was 

water-phase non-partitioning tracer, and MEK was the partitioning tracer in the IWTT 

test. The rock properties, tracer concentrations, and injection schemes are shown in Table 

8-3.  

Figure 8-14A shows the tracer breakthrough curves for three tracers, which are 

separated well. The qualities of history matching of BTCs are best for 3-Pentanone (kd 

=11.236), and fair for MEK (kd =1.818), and worst for the tracer NPA. Since NPA 

strongly partitions into the immobile water phase (kd=0.173), the effect of matrix 

diffusion and capacitance effect appears in NPA tracer profile. Both 3-Pentanone and 

MEK mainly stayed in flowing n-decane phase with very small mean residence time, and 

the distribution of these two tracers in immobile water phase was small. Thus, the flow of 

3-Pentanone and MEK is similar to that in a single phase flow. 

Tracer transport in porous media is theoretically predicted to yield data that 

declines exponentially at late times, as inferred from Gaussian distribution of residence 
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time. However, the tracer concentration decays in a power law tail as late-time behavior, 

as indicated in Fig. 8-14B. The power law behavior consistently exists in all three tracers 

with various partition coefficients, indicating power law behavior is not altered by the 

distribution of tracers in phases. As already discussed in Section 8.2.4, the power-law 

decay might be a result of permeability heterogeneities or pronounced tracer adsorption. 

Because of lack of systematic experimental data, we did not make an attempt to answer 

this critical question.  

The structure of this fractured core can be considered as two individual cores 

stacked onto each other, leaving an open fracture in between with width of 2.44 

millimeters. The movement of decane, as non-wetting phase, forms a bridge in the 

fracture and establishes capillary continuity. By assuming capillary continuity from 

matrix to fracture and in the presence of 90
o
 fracture against main flow direction, the 

tracer distribution is not altered by fracture, as shown in Figure 8-15. However the 

fracture impeded the flow and increased diffusive mixing.  

The SWTT test was then performed in the same Berea core to study the effect of 

fracture on SWTT tracer response. The volumes of tracer slug and chasing slug in SWTT 

were designed to ensure almost no tracer breakthrough in the injection stage. The 

experimental design parameters were presented in Table 8-3. The experimental data of 

tracer breakthrough curves and UTCHEM history matching were compared in Fig. 8-

16A. The agreement of tracer profiles of Propyl formate, Pentanone, and MEK with 

UTCHEM simulation is satisfactory. For water-phase tracer NPA, the tracer eluted from 

the core earlier than UTCHEM prediction. The quality of history matching of NPA 

profile can be improved by slightly adjusting its partition coefficient Kd in the UTCHEM 

simulation. The tracer breakthrough curves can be re-plotted in a log-log scale, as shown 

in Fig. 8-16B. The late time power-law tailing was also found in this SWTT tracer test.     
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8.3.2 Fractured Core B3: 60
o
 Orientation 

The tracer tests were performed on fractured Berea core B3, which contains a 

single fracture 60
o
 against main flow direction. The tracer breakthrough curves from 

IWTT experiment were matched by UTCHEM simulation. As shown in Fig. 8-17, the 

tracer profiles of Propyl formate (PrFr) and MEK are in good agreement with UTCHEM 

model fitting. The peak volume of water-phase tracer can be predicted well, but the tracer 

diffusion was underestimated in UTCHEM simulation. Because of lack of data on 

molecule diffusion coefficient on each chemical, we simply assigned the same diffusion 

coefficients (DL=1×10
-6

 cm
2
/s) for each tracer. Hence, the model fitting with NPA profile 

can be improved by assigning a larger value of DL for NPA. 

By assigning the ratio of fracture permeability to matrix permeability to be 100, 

the presence of fracture (60
o
 orientation) introduced preferential flow path. However, the 

fracture does not alter the spatial distribution of partitioning tracer MEK just by visual 

observation, as shown in Figure 8-18.  

The tracer breakthrough curves from a SWTT test on the same core are presented 

in Fig. 8-19. Similar to the case of 90
o 

fracture, the UTCHEM simulation yields a 

satisfactory matching with tracer profiles of Propyl formate and 3-Pentanone. For the 

product tracer NPA, which is mainly in immobile aqueous phase, UTCHEM well predicts 

the peak elution time, but underestimates the dispersion and late time long tailing.   

8.3.3 Fractured Core B4: 30
o
 Orientation 

The fractured Berea sandstone core B4 contains a single fracture in the middle of 

the core, which was orientated 30
o
 against main flow direction. The rock properties, 

tracer information and injection schemes are presented in Table 8-3. The comparison of 

UTCHEM simulation with tracer breakthrough curves generated from an IWTT test is 

found in Fig. 8-20. The agreement of simulation results and experimental BTCs is quite 
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well, except underestimation of dispersion of NPA. Note that the ratio of fracture 

permeability and matrix permeability was set to be kf /km=267 to achieve a reasonable 

history matching result. 

In above IWTT test, 12.5ml (~0.21PV) tracer slug was injected, followed by 

around 5 pore volumes of chasing solvent. The distribution of one partitioning tracer 

MEK was studied in UTCHEM simulation and presented in Figure 8-21 at the injection 

volumes tD=0.36 and tD=0.67. At tD=0.36, the tracer concentration peak has not reached 

the fracture, but the leading edge of plume has entered the fracture. At tD=0.67, the peak 

of tracer concentration has moved to xd >0.8, which is indicated in Fig. 8-21C. Compared 

with the configuration of tracer concentration peak in Fig. 8-21B, the peak concentration 

at tD=0.67 is severely distorted by the fracture. Also, the trailing edge of the plume is 

disturbed and impeded by the fracture. A patch of tracer molecules, indicated in Figure 8-

21C as a circle, accumulated ahead of fracture. Hence, the presence of 30
o
 fracture in the 

core strongly disturbs the tracer flow, and then complicates the interpretation of tracer 

breakthrough curve.    

Then a SWTT was conducted in the same core. The tracer breakthrough curves 

for material balance tracer 3-Pentanone, primary tracer propyl formate, and product tracer 

NPA are presented in Fig. 8-22A. The same data in log-log scale is found in Fig 8-22B. 

The history matching of BTCs using UTCHEM achieved very satisfactory result, except 

the underestimation of tracer NPA dispersion. Since the effect of alcohol contaminant 

from primary tracer was not removed, the product tracer NPA breakthrough curve has 

shown a small peak in the beginning of production (Figure 8-22A). The late time power- 

law tailings were observed in log-log plot, as represented by the dash straight lines.  

Before proceeding to next section, let’s summarize the key finds in the IWTT and 

SWTT tests on Berea sandstone cores with a single fracture 90
o
, 60

o
, and 30

o
. It appears 
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that the presence of fracture with orientation 90
o
 or 60

o
 does not distort the tracer 

transport very much, while the tracer distribution profile was found to be strongly 

distorted by 30
o
 fracture. The application of UTCHEM partitioning tracer test model in 

the history matching of these tracer tests achieved satisfactory results, indicating the 

tracer flow in porous media with a small scale fracture can be modeled in UTCHEM. It 

should be noted that capillary pressure discontinuity, which might exist in the matrix-

fracture system, was not considered in the previous simulations. 

8.3.4 Fractured Core B5: 0
o
 Orientation 

8.3.4.1 CT Scan of Tracer Flow in a Fractured Berea Core 

The fractured Berea sandstone core B5 contains a single fracture which is 0
o 

against the main flow direction. The preparation of this core is detailed in Figure 8-4. As 

mentioned before, the fracture is intentionally made to be half open and half blocked, in 

order to investigate the effect of bounded fracture.  

Figure 8-23 shows the CT images of a miscible tracer test in Berea sandstone B5. 

The 98% 1-Iododecane was injected into the fractured core continuously, at unit-viscosity 

ratio with in-situ decane phase. The growth of the mixing zone is clearly visible. The 

mixing zone is distorted by half-open fracture in the core. The tracer was injected from 

the left side face of the core. Weakly edge effect is observed at Dt = 0.03PV and Dt = 

0.13PV because tracer enters the whole face of injection site. It is very clearly shown that 

horizontal fracture generates a preferential flow path for tracer. When tracer plume hit the 

leading edge of the fracture, it starts to separate into two flow streamlines. At tD=1.0, 

tracer has already evenly distributed across the whole length of the core. 

The single most important rock property in this fractured core is the ratio of 

fracture permeability to matrix permeability /
f m

k k . We attempted to estimate this ratio 
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by history matching of tracer distribution profile in UTCHEM. We set grid blocks to be 

26×21×1, and one layer of grid block was assigned to be open fracture which has the 

width of 1.65mm. We performed UTCHEM simulations by varying the value of /
f m

k k

from 15, 25 to 30. The tracer distribution profiles at injection volume 0.42PV are 

presented in Figure 8-24. By comparing with CT images at the same time point, we 

estimated that permeability ratio is /
f m

k k =30. It should be noted that other parameters 

like fracture porosity, transverse dispersivity, and the number of gridblocks for fracture 

could also alter the tracer distribution.   

The tracer breakthrough curves simulated in UTCHEM by varying /
f m

k k  were 

compared in Figure 8-25. The effluent tracer concentrations at the dimensionless 

injection volume 1PV are found to be only 75% of initial concentration, which indicates 

the existence of extensive dispersion and long tailing of tracer plumes in the fractured 

core. With the observation of early breakthrough in all the four cases ( Dt < 0.4), the 0
o
 

orientated single fracture in the Berea core strongly distorts the tracer plume.  

8.3.4.2 History matching of IWTT and SWTT in Fractured Berea Core B5 

The inter-well pulse tracer test was conducted in Berea core B5. History matching 

of tracer breakthrough curves in UTCHEM was performed by adjusting the key 

parameters: dispersivity α, permeability ratio of /V Hk k  and /
f m

k k . The sensitivity 

study of permeability ratio /
f m

k k indicates the strong effect of fracture permeability on 

the pulse tracer flow (Fig. 8-26). The permeability contrast of /
f m

k k =40 was found to 

be reasonable value which leads to a good agreement between simulation result and 

tracer elution profile of 3-Pentanone. Then, the BTCs of other tracers Propyl formate, 

MEK, and NPA were then matched by using the same permeability contrast. Although a 

lot of efforts have been taken to match the experimental data, the quality of history 
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matching still seems not to be perfect, as shown in Fig. 8-27. The mismatches between 

simulation results and experimental curves appear in a consistent manner for all four 

tracers. It indicates that 1) some key parameters have not been set as the optimized 

values, or 2) non-Fickian flow behavior in the presence of high permeability contrast 

cannot be captured in UTCHEM model.  

The fracture in Berea core B5 is connected to the injection port, which basically 

works like a horizontal well. In the pulse tracer injection stage, the solvent carrying tracer 

particles moved from fracture towards the matrix. When we injected chasing fluid, the 

tracer particles remained in the fracture were displaced into the matrix ahead, and tracer 

particles in the flow streamlines produced by convective flow. However, the matrix near 

open fracture faces traps the tracer particles by unfavorable pressure gradient. This 

phenomenon was captured under CT scan and presented in Figure 8-23. In the late time 

of IWTT, tracer particles either diffused back to the fracture or transported by flowing 

streamlines because of concentration gradient established between matrix and fracture, 

and then produced by convective flow.  

In a typical matrix-fracture system, the non-Gaussian behavior of tracer response 

is produced by three mechanisms of dispersion: the dispersion caused by particles either 

moving mainly within the matrix; and/or particle interacting continually between the 

fracture and matrix, a mixing process; and particles moving mainly within the fractures 

(Johnston et al., 2005). It is usually very common to observe more than one major peak in 

tracer breakthrough curve, which is due to particles taking different routes through the 

fracture system. However, we did not observe multiple major peaks in our experiment as 

indicated in Fig. 8-27. It infers that tracer particles flowing in fractured core B5 did not 

take multiple routes through the fracture system. Instead, the tracer flow is a more like 

matrix-dispersion dominant process, which is just distorted by the fracture.  
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A SWTT test was followed in Berea core B5 to investigate the effect of horizontal 

fracture on tracer response. The SWTT experimental design and simulation parameters 

are presented in Table 8-3. The evolution of tracer concentration profile in SWTT test 

was simulated in UTCHEM, which as shown in Fig. 8-28. During the injection stage, the 

tracer was mainly pushed into the matrix ahead of the open fracture by convective flow. 

No tracer particles breakthrough from the right end of the core during the injection. The 

profiles B and C in Fig. 8-29 represent the early time and late time of shut-in period. In 

this stage, the tracer particles continued to diffuse and the peak concentration dropped 

significantly if we read carefully the scale of the colorbars. Profiles C, D, E, and F 

correspond to 0PV, 0.31PV, 0.62PV, and 0.93PV of production time. It is observed that 

production of tracer was through convective flow both in fracture and matrix.               

As shown in Fig. 8-29, the agreement of tracer breakthrough curves with 

UTCHEM simulation is satisfactory. Unlike the SWTTs conducted in other fractured 

cores, the concentration mass conservative tracer 3-Pentanone dropped even in the 

beginning of the back production due to the enhanced dispersion in the core B5.    

8.3.5 Discussion and Summaries 

 The bench-scale IWTTs and SWTTs were performed in the four fractured Berea 

cores which contains 90
o
, 60

o
, 30

o
 and 0

o
 fracture (against dominant flow direction), 

respectively. The partitioning tracer model incorporated in UTCHEM was used to history 

match the experimental tracer breakthrough curves. Dual porosity model, which assumes 

fractures uniformly distribute around the matrix, is not applicable in the small-scale 

single fracture core. The simplified UTCHEM model in this study assumes the same 

phase saturations in matrix and in fracture, and the capillary continuity between fracture 

and matrix. It should be noted that the average phase saturations in the fractured cores 

were directly measured before tracer tests, hence residual phase saturation in each 
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individual core is not considered as a history matching parameter in the simulation. 

Hence, the history matching parameters only includes:  

1) Apparent dispersivity by taking into account of the matrix dispersivity and 

enhancement by fracture;  

2) Ratio of fracture permeability and matrix permeability, which strongly affects 

the tracer flow distribution;  

3) Fracture porosity, which is not a sensitive parameter. It was roughly 

determined in the lab but can be slightly adjusted in the simulation. 

  The simulation result reaches a good agreement with experimental tracer BTCs, 

except that UTCHEM model predicts exponential decay instead of power-law decay in 

the range of dilute tracer concentration. Due to the lack of control experiments, however, 

we cannot justify this power-law decay curve. Compared with other three tracers, the 

secondary tracer NPA was affected the most by the presence of the fracture. NPA 

strongly partitions into the immobile water phase and possesses the longer residence time 

than other tracers; hence NPA is strongly susceptible to the fracture-induced dispersion. 

Hence, we conclude that UTCHEM tracer model is mechanistically applicable to the 

tracer flow in presence of small scale fractures. 

 In the lab study, fractures are sealed or confined by the no-flow boundaries in the 

core holder. While in the reservoir, there are no such confinements for the small scale 

fractures. Besides, the propagation of tracer in the field is in radial flow pattern, which 

implies only a fraction of tracer particles might be disturbed by the fractures. We proceed 

to study the behavior of tracer transport in a synthetic reservoir with a single fracture.  
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8.4 TRACER TRANSPORT IN SYNTHETIC RESERVOIRS WITH BOUNDED FRACTURES 

It should be noted again in this section, the objective of this study is to determine 

connate water saturation or initial oil saturation in fractured reservoir. The chemical 

tracers applied in this case will be exactly the same with those used in bench-scale SWTT 

tests. In more common application of SWTT in estimating of residual oil saturation, the 

same strategies and principles of tracer test are applied, except of using different set of 

chemical tracers which generate interpretable tracer breakthrough profiles. 

The in-house 3D compositional simulator UTCHEM has been extensively used in 

modeling of field scale trace tests which include single-well tracer test (Descant, 1989), 

partitioning interwell tracer tests (Allison et al., 1991; Jin et al., 1995), and single-well 

wettability tracer test (Ferreira et al., 1992). The validation of UTCHEM SWTT model 

and parametric sensitivity studies have been investigated by Ferreira et al. (1992). The 

study in this section is not aim to address the common sensitivity parameters in SWTT 

models, while we will only focus on most important issues related to fractured reservoirs. 

8.4.1 Grid Size and Numerical Dispersion  

The quality of tracer breakthrough curves strongly relies on dispersion including 

numerical dispersion and physical dispersion. UTCHEM uses a third order total-variation 

-diminishing (TVD) spatial discretization scheme, which reduces the numerical 

dispersion to a minimum. In order to history match of tracer profiles, some physical 

dispersion is needed on the UTCHEM model. In order to determine the robustness of 

UTCHEM model to simulate a specified field-scale SWTT, the initial step of this study is 

to perform a sensitivity study on grid size and numerical dispersion. The following tables 

and figures summarize reservoir properties and SWTT design.    

In UTCHEM, a constant pressure boundary condition is used at the outer radius of 

a radial reservoir model, while no flow boundary condition is imposed by default for 
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Cartesian option. In this study, Cartesian option is selected for its simplicity, in order to 

investigate the effect of fracture orientation in the reservoir model. In Cartesian system, 

the closed boundary condition disturbs the distribution of reservoir pressure. To reduce 

this unfavorable boundary effect, a large number grid blocks including outer coarse 

gridblock region and inner fine gridblock region, were used in the SWTT model, as 

shown in Figure 8-30. The single well is located in the fine gridblock region, and the 

tracer flow area is designed to be within the fine gridblock region, where the sensitivity 

study of gridblock effect is performed. For a monolayer Cartesian model in UTCHEM, 

the different grid size models were created by changing the dimension of the cells in the x 

and y-axis. The four different models compared are shown as following:  

- Case 1 grid size: 0.5 ft. × 0.5 ft.; 

- Case 2 grid size: 1 ft. × 1 ft.; 

- Case 3 grid size: 2 ft. × 2 ft.; 

- Case 4 grid size: 3 ft. × 3 ft. 

The SWTT design parameters in the simulation runs are listed in Table 8-5. 

Physical dispersion in porous medium is scale-dependent. In Berea sandstone, the 

physical dispersivity was measured to be 0.008 ft. In the field-scale test, the physical 

dispersivity simulation was assigned to be 0.5 ft.  

The main results of this analysis are presented on Fig. 8-31. It can be seen that an 

increase on the cell size increases in the smoothness of the curves, which represents an 

increase in the numerical dispersion. Taking the cover tracer MEK and secondary tracer 

NPA as examples, tracer concentration curves of 1ft × 1ft and 0.5ft × 0.5ft models are 

superimposed, which indicates that using grid size 1ft × 1ft model is adequate to 

represent the minimum numerical dispersion condition. On the other hand, a reduction in 

cell size represents an increase in computational time. Hence, the model using grid size of 
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1ft × 1ft will be used as base case for posterior analyses. The details of simulation grid 

data are presented in Table 8-6. 

8.4.2 The Effects of Fracture: Orientation and Length 

To investigate the effects of fracture orientation, we consider the same simulation 

grid of Fig. 8-30. The homogeneous matrix permeability is set as 30md, while the 

fracture permeability is 100 Darcies. All other petrophysical properties in fracture are 

assumed to be the same with those in matrix, including porosity, dispersivity, and 

capillary pressure. This simplified fracture model is to  

Three fractured field cases were designed to compare with non-fractured field 

case. The simulation parameters for these four cases were kept the same except of the 

permeability field. The permeability field shown in Fig. 8-32 is a homogeneous field, 

while Fig. 8-33 represents a homogeneous field with a single fracture, which is orientated 

parallel to the radial flow direction. The fracture dimension is 1 ft. width × 10 ft. length. 

The fractured reservoir in Fig. 8-33 designated as Case 1. Similarly, the fractured 

reservoirs shown in in Fig. 8-34 and Fig. 8-35 are designated as Case 2 and Case 3, 

respectively. Three fractured reservoirs differ only because of the number or orientation 

of fractures.    

The effects of fracture orientation on the propagation of primary tracer (Propyl 

Formate) are investigated. In the non-fractured field case, the slug of primary tracer 

propagates radially and the tracer concentration contour moves outward in a circle (Fig. 

8-32). The tracer profiles are distorted by the presence of each small-scale fracture, as 

indicated in Fig. 8-33 through Fig. 8-35. Case 3 can be considered to be the combination 

of Case 1 and Case 2. Since the two fractures are not in communication, the tracer 

distribution has shown the simply additive effect in Case 3. 
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The breakthrough curves (BTCs) of Propyl Formate (Primary tracer) and n-

Propanol (secondary tracer) are presented in Fig. 8-36A, and Fig. 8-36B presents the 3-

Pentanone (mass balance tracer) and MEK (cover tracer) concentration histories. We see 

that all the curves appear to be nearly symmetric, and almost completely overlap for each 

individual tracer. Although the presence of fracture distorts the tracer distribution during 

the process of a SWTT, it does not significantly alter the symmetry of BTCs. The 

deviations of each tracer peaks, although considered to be negligible, are mainly caused 

by the larger dispersion due to higher flow rate in fracture(s). The simulation results infer 

that single well tracer test possesses the characteristic of flow reversibility, except of 

irreversible dispersion. 

Figure 8-37 presents two permeability fields with different length of fractures, 

which are located at 5 ft away from wellbore. The all four tracer concentration histories 

in Figure 8-38 appear not to be significantly affected by the fracture length. Similarly, we 

have also observed that longer fracture results in larger dispersion, without altering the 

tracer peak times and peak symmetries. Furthermore, the combination of two fractures, 

either in parallel or connected in “T” shape, does not change the profiles of tracer 

breakthrough curves, as indicated in Figure 8-39.  

All the cases discussed above may allow a conclusion that a single fracture or 

moderate degree of small-scale fractures does not distort the tracer profiles from SWTTs.   

8.4.3 The Effect of Heterogeneity   

The interpretation in the previous section is specifically targeted to SWTTs 

performed in fractured reservoirs with constant matrix permeability. We will illustrate 

simulated SWTT tests in heterogeneous permeability fields. The effect of heterogeneity 

on the tracer responses in SWTTs was analyzed by Ferreira (1992). Thus in this section, 



 289 

we will only investigate the combined effects of fracture in the heterogeneous matrix 

field.  

One realization of stochastic permeability field was generated in SGeMS 

(Stanford Geostatistical Modeling Software) by assuming a spherical variogram model. 

The dimensionless correlation lengths in x  directions is 0.12 ( 44x ft  ) and in y 

direction is 0.05 ( 24
y

ft  ). The permeability field initially was on a 1 ft by 1 ft grid. To 

obtain the permeabilities for the larger gridblocks, the geometric average of the small 

gridblock permeabilities was used. The well is located in the fine gridblock region (block 

44, 48). Variable input data for heterogeneous two-dimensional (2D) simulations are 

given in Table 8-5. The simulated SWTT was designed to investigate a region of 

approximately 25 feet away from the wellbore. 

Then to obtain a fractured reservoir, we simply overlaid a single conductive 

object onto the background model of permeability described above. This single fracture is 

in 13 ft length and directly starts from the wellbore. The results of simulated SWTT are 

shown for tracer distribution in the field and tracer production histories.  

The left-side figures in Figs 8-40 and 8-41 have shown the heterogeneous 

permeability field in the fine grid regions. Please note that the permeability field in Fig. 

8-41 is in log scale in order to observe the contrast of permeabilities. The distributions of 

primary tracer at the late-time injection stage are also found in Fig. 8-40 and 8-41. In 

comparison with non-fractured reservoir, the tracers transported in fractured reservoir can 

be even further because of formation of preferential flow path in fracture. 

The four tracer breakthrough curves, as presented in Fig. 8-42, are practically not 

affected by the heterogeneity and the presence of a single fracture. In combination with 

Figs. 8-38 and 8-39, it allows to conclude that the presence of a single small-scale 
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fracture does not significantly alter the tracer production profiles, regardless of whether 

the matrix permeability is homogeneous or heterogeneous. 

Flow reversibility only exists in the ideal flow case. The three major non-ideal 

conditions encountered in SWTT tests, in order of their potential encounter, include fluid 

drift; local non-equilibrium in complex pore structures in carbonates; and in sandstones, 

non-reversing flow behavior in formation layers. We will discuss in next section the 

effect of fluid drift on the SWTTs in fractured reservoirs.    

8.4.4 The Effect of Fluid Drift 

  Drift is caused by a pressure gradient in the formation due to nearby 

producers/injectors as well as active aquifer and non-sealing fault. Drift results in 

distortion of tracer profiles due to the alteration of streamlines and dilution of the tracers. 

It is represented as an additional displacement velocity within the reservoir and generally 

it lies within a range between 0.2 and 2 ft /day.  

  To investigate the effects of fluid drift in SWTT results, we take the same 

simulation grid shown in Fig. 8-30.  To mimic fluid drift, mobile phase fluid was 

injected in the horizontal well ((along y axis)) at the left side of the target zone, and the 

same amount was produced in the horizontal well (along y axis) at the right side, as 

shown in Figure 8-43. In the case of residual water saturation, the linear interstitial drift 

velocity is calculated by:  

_
(1 )

Q
v drift

A Swr



 ……………………………………………………..… (Eq. 8-16) 

 To illustrate the effects of fluid drift in a typical SWTT, the simulated test in a 

homogeneous reservoir field with drift velocity 2 ft/Day (aim to exaggerate the drift 

effect) was performed. The tracer distribution and pressure gradient are presented for late 

time injection stage and late time shut-in period, as shown in Fig. 8-44. In the trace slug 
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injection stage, the single-well injection rate is usually many time of that in the horizontal 

well. Thus the pressure gradient generated by the single-well injection is dominant in the 

target zone, which result in the radially propagation of tracer in a full circle centered at 

the wellbore. During the shut-in stage, the pressure gradient generated by the horizontal 

wells is dominant and the linear pressure gradient emerges. Hence the tracer particles 

move towards horizontal production well at the drift velocity. The effects of fluid drift 

can be extremely significant if the shut-in time is long.     

 Then the simulation study proceeds to investigate the sensitivity of drift velocity 

on tracer breakthrough curves in a heterogeneous reservoir with a single fracture. Three 

drift velocity were investigated, 0.25 ft/Day, 0.50 ft/Day and 1.0 ft/Day, by injecting 50 

ft
3
/Day, 100 ft

3
/Day and 200 ft

3
/Day, respectively. The results of the different drift cases 

for the Cartesian model, compared with the simulations without fluid drift, are presented 

in Figure 8-45. It appears that the fluid drift causes more dispersion in the tracer 

production curves, representing by earlier breakthrough and long tailing, as a general 

trend. The tracer partitioned more in immobile phase (i.e. NPA in aqueous phase) tends 

to preserve integrity of tracer profile much better than other tracers. It is simply because 

fluid drift takes place only in flowing phase. 

 When fluid drift velocity is low, the characteristic features of the SWTT are 

preserved, shown as the case of drift velocity 0.25 ft/D. The tracer profile in the case of 

0.50 ft/D has been strongly altered. However, the retardation factor, defined by the ratio 

of mean residence times for secondary tracer and primary tracer, i.e. s

p

Q

Q
, is not 

significantly changed. In this case, the error in the determination of phase saturation is 

still acceptable. The characteristic features of the SWTT are severely destroyed at drift 

velocity 1.0 ft/D, in which a credible interpretation of tracer profile becomes difficult.     
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 Lastly, the effects of fluid drift velocity will vary if the reservoir condition 

(permeability, porosity) and SWTT schemes (tracer slug injection rate, shut-in and so on) 

change. 

8.4.5 The Sensitivity of Connate Water Saturation 

In order to investigate how sensitive are these SWTT results to connate water 

saturation (in most common scenarios will be residual oil saturation), different connate 

water saturation, 0.23, 0.25 and 0.27 were tested in the same heterogeneous reservoir 

field with a single facture, and drift velocity 0.5 ft/D. The profiles of primary and 

secondary tracer are presented in Fig. 8-46, in which we see the appreciable shift of NPA 

concentration peak. The peaks of primary tracer PropForm appears to be eluted in the 

same production volume, indicating the mean residence time of primary tracer is not 

altered very much. The retardation factor, associated with the separation of peaks of 

primary and secondary tracers, varies in some degree with the changing connate water 

saturation, as indicated in Fig. 8-46. Hence the connate water saturation, as a matching 

parameter in SWTT simulation, can be determined sensibly in this specified synthetic 

reservoir case. From the practical view, the range of uncertainty associated is about 2 

saturation units, which is acceptable for this kind of test. 

8.5 CONCLUSIONS 

This chapter includes interpretation of bench-scale and field-scale SWTTs in 

fractured media. The fractures studied in this chapter are mainly small-scale, 

isolated/disconnected fractures. Hence, the simulations were completed using UTCHEM 

tracer model, without the dual porosity option. 

Firstly, the bench-scale SWTT methodologies were developed and validated in 

homogeneous Berea sandstone. Then tracer tests were conducted in four Berea cores with 
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a single fracture in each core, orientated as 90
o
, 60

o
, 30

o
, and 0

o
 against dominant flow 

direction. It appears that the presence of a fracture tends to distort the tracer profile, 

resulting in early breakthrough, long tails, and increased dispersion in a bench-scale 

SWTT. The tracer breakthrough curves produced in these SWTT tests from the fractured 

and non-fractured cores were matched and interpreted using UTCHEM model. The 

agreement between model and experimental tracer profiles is generally well, which 

indicates that simple Cartesian grid without dual porosity is adequate to match the 

experimental data.   

 Secondly, it was illustrated that field-scale SWTT is not sensitive to the presence 

of moderate isolated small-scale fractures, either in homogeneous permeability field or 

heterogeneous permeability field. The sensitivity of fluid drift, representing of flow 

irreversibility, on the SWTT in a fractured field has also been investigated. For the 

reservoir condition and SWTT schemes considered, the critical drift velocity was 

determined to be 0.25 ft/day in a simulation study.     
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Table 8-1: The properties of tracer compounds 

Tracers Vendor M.W. 
Density, 

g/cm
3
 

Kd , 59
o
C Kh(days

-1
) 

n-Propanol (NPA) Fisher Sci. 60.1 0.802 0.173  

n-Propyl Formate (PrFr) Alfa Aesar 88.11 0.904 15.625 ~0.37* 

Butanone (MEK) ACROS 72.11 0.8 1.818  

3-Pentanone Alfa Aesar 86.13 0.812 11.236  

 

Table 8-2: GC-FID programs for measuring of SWTT tracer concentration  

GC Parameters Program Settings 

GC Column PoraPak Q (length 6 ft, 1/8 in. OD, 2 mm ID) 

Inlet Setting 180
o
C;   

FID Setting 230
o
C (H2: 40ml/min; Air: 400ml/min; Makeup He: 10ml/min) 

Oven Programming 10
o
C/min from 150-210

o
C; 210

o
C holds for 4min; 

Flow mode Constant column flow: 25 ml/min 

Compounds Analyzed Small polar organic compounds: alcohols and ketones 
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Table 8-3: Core Properties and Key Parameters of SWTT experiments 

 No Fracture, B1 Fractured, 0
o
, B5 Fractured, 30

o 
, B4 Fractured, 60

o
, B3 Fractured, 90

o
, B2 

Core Length (cm) 30.1  29.37  29.57 57.91 30.1 

Core Diameter (cm) 3.75 3.75 3.75 4.97 3.75 

Porosity 0.212 
m =0.2023, 

f


=0.5 

0.1844f m    0.218
f m

    f m
  0.205 

Permeability, md 400  
mk =400; f

k

=40,000 

mk =150; f
k

=40,000 

mk =400; f
k

=40,000 

=250; kf 

=10,000 

wrS  0.25 0.275 0.259 0.24 0.28 

w (cP, 59
o
C) 0.5  0.5  0.5  0.5  0.5  

o (cP, 59
o
C) 0.5  0.5  0.5  0.5  0.5  

Inj. Rate, ml/min 1.5 1.5 1.5 3.0 1.5 

Prod. Rate, ml/min 2.5 1.5 1.5 3.0 1.5 

Tracer Slug 12.5 ml 

(0.178PV) 

8.5 ml (0.123PV) 9.0ml (0.15PV) 40.3ml (0.165PV) 12.5ml (0.179PV) 

Chasing Slug 29.5 ml 

(0.421PV) 

15.5 ml (0.22PV) 18.0ml (0.30PV) 80.03ml (0.327PV) 25.0ml (0.357PV) 

Shut-In Time 73 hours 96 hours 96 hours 96 hours 96 hours 

Production Time 1.5 hours 4.0 hours 3.8 hours 4.3 hours 2.8 hours 

Oil Compressibility 1E-5 1E-5 1E-5 1E-5 1E-5 

Water Compressibility 2E-6 2E-6 2E-6 2E-6 2E-6 

Rock Compressibility 1E-6 1E-6 1E-6 1E-6 1E-6 

Longit.Dispersivity (ft) 8×10
-3

 1.8×10
-2

 8×10
-3

 8×10
-3

 8×10
-3

 

Trans. Dispersivity (ft) 8×10
-4

 1.8×10
-3

 8×10
-4

 8×10
-4

 8×10
-4

 

Fracture Spacing (mm) - 1.52 1.83 2.20 2.44 

mk
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Table 8-4: Design Parameters for a typical bench-scale IWTT and SWTT test (59
o
C). 

 Tracer Components  Inter-Well Tracer Test Single Well Tracer Test 

Tracer 

Slugs 

Primary Tracer Injection 
 Propyl Formate 

 2-Butanone 

 3-Pentanone  

 n-Propanol 

 

7390 mg/L 

7595 mg/L 

7374 mg/L 

5700 mg/L 

 

53000  mg/L 
8988    mg/L  
8653    mg/L 

- 

Pushing Bank Injection 
          3-Pentanone   

 

- 

 

8685      mg/L 

Injection Phase (1 PV= 70.15 ml) 

Injection rate: 

1.5ml/min; 

Tracer slug: 12.5ml+ 

chasing slug 270ml  

Injection rate: 1.5ml/min; 
12.5ml tracer slug + 

29.5ml chasing slug 

Soaking Phase - 73 hours 

Production Phase  
- Production Rate: 

2.5ml/min for 1.5 hours 

Measurements (GC) 8 hours 8 hours 
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Table 8-5: Design Parameters for a field-scale SWTT test (59
o
C) 

 Tracer Components Single Well Tracer Test 

Tracer 

Slugs 

Primary Tracer Injection 

 Propyl Formate 

 2-Butanone 

 3-Pentanone  

 

53000  mg/L 
8200    mg/L  
8685    mg/L 

Pushing Bank Injection 
      3-Pentanone   

 

8685      mg/L 

Injection Phase (1 PV= 70.15 ml) 
Injection rate: 1000 ft

3
/D; 

500 ft
3
 tracer slug + 1000 ft

3
 

pushing bank. 

Soaking Phase 4.3 days 

Production Phase  
Production Rate: 1800 ft

3
/D for 

3.2 days 

Total Test Duration 9 days 

 

Table 8-6: Simulation Grid Data for a field-scale SWTT test 

Grid Coordinates System Cartesian 

Number of Cells (2D) 88×96×1 

Wellbore radius wr , ft 0.5  

Lx, ft 378 

Ly, ft 484 

Cell Size  

DX (ft): 2*57  3*12  78*1  3*12  2*57 

DY (ft): 2*70  4*15  84*1  4*15  2*70 

DZ (ft): 1*5 

Wells Configuration 

Well #1: Injector Vertical    44 48 1:1 

Well #2: Producer Vertical  44 48 1:1 

Note: Well #2 is not open until the stage of 

back production of tracers.  
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Figure 8-1: Basic conceptualization of one-dimensional large-fracture, small-fracture and 

rock matrix in a fractured porous medium (after Wu et al., 2004) 
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Figure 8-2: Quantification of chemical tracer concentration in GC-FID system. (A): The 

effluent profile of four tracers used in the experiments. (B): The 

establishment of standard curves: linear relationship between tracer 

concentration and peak area. 
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Figure 8-3: Illustration of prepared 30
o
 oriented fractured core and its dimensions. 

0.391 ft 

0.391 ft 

0.189 ft 

0.123 ft 

A layer of fine sand 

inside of ‘o’ shaped 

rubber ring 
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Figure 8-4: Illustration of preparation of half open fracture cores with 0
o
 orientation. 
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Figure 8-5: Representation of four fractured cores with different orientations against main 

flow direction. 
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Figure 8-6: Model Fitting of tracer breakthrough curve from 1D miscible tracer test in 

Berea sandstone. (A) Curve fitting by the analytical solution in Eq. 8-4; and 

(B) 1D UTCHEM simulation of tracer breakthrough curve with and without 

capacitance effect.   
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Figure 8-7: The linear relationship between 
1 D

D

t

t


and 1

(1 2 )
D

erf C


 . 

 

Figure 8-8: Time variation of tracer concentration in a log-log plot. Dash line represents a 

power-law decay curve in late-time tracer flow.  
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Figure 8-9: Model fitting of tracer breakthrough curves in an IWTT test (A) and a SWTT 

test (B) in Berea Core B1.  
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Figure 8-10: Experimental and Simulation Results of an IWTT in non-fractured Berea 

core B1. 

 

Figure 8-11: Experimental and Simulation Results of a SWTT in non-fractured Berea 

core B1. 
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Figure 8-12: Semi-log plot of experimental and simulation results of SWTT test in non-

fractured Berea core B1. 

 

Figure 8-13: The tracer concentrations in unit of mg/L in the effluent samples from a 

SWTT test in Berea Sandstone core B1.   
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Figure 8-14: (A) History matching of Tracer Breakthrough Curves for an IWTT in Berea 

Core B1 (90
o
 fracture against the main flow direction). B) The same data in 

a log-log plot. Dash lines represent power-law tails for tracer concentrations. 

 

 

 

 

0

0.2

0.4

0.6

0.8

1

0 1 2 3 4 5

C
(t

)/
C

o
 

Pore Volume, PV 

Pentanone

n-Propanol

MEK

 PENTANON(C 9 2)

 NPA(C 11 2)

 MEK(C 12 2)

0.001

0.01

0.1

1

0.3 3

C
(t

)/
C

o
 

Pore Volume, PV 

Pentanone

n-Propanol

MEK

 PENTANON(C 9 2)

 NPA(C 11 2)

 MEK(C 12 2)

(B) 

(A) 



 309 

 

 

 

Figure 8-15: The tracer distribution along the single-fractured Berea core B2. (A) The 

representation of fracture in permeability field; (B) The tracer concentration 

distribution along the core at time tD=0.41PV.  
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Figure 8-16: (A): The SWTT tracer breakthrough curves in Berea core B2 and UTCHEM 

history matching. (B) The same data in log-log plot. The dash lines 

represent late time power-law tails. 
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Figure 8-17: Experimental and Simulation Results of an IWTT in Single-fractured Berea 

Sandstone core B3 (60
o
 fracture orientation). 

  

 

Figure 8-18: The effect of single fracture on the distribution of partitioning tracer (MEK) 

along the core at tD=0.56PV. 
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Figure 8-19: (A) History matching of Tracer Breakthrough Curves for a SWTT in a Berea 

sandstone core with a single sealed fracture (60
o
 against the main flow 

direction).  

 

Figure 8-20: UTCHEM matching of tracer breakthrough curves for an IWTT in a 

fractured Berea sandstone core B4 (single fracture 30
o
 orientation). 
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Figure 8-21: The permeability field (A) and the effect of single fracture (orientation 30
o
) 

on the distribution of partitioning tracer (MEK) along Berea sandstone core 

B4, at tD=0.36PV (B) and 0.67PV (C). The arrows indicate the locations of 

tracer peak concentration, and the dash circle represents a patch of tracers.  
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Figure 8-22: (A) History matching of Tracer Breakthrough Curves for a SWTT in Berea 

Core B4 (30
o
 fracture against the main flow direction). B) The same data in 

a log-log plot. Dash lines represent power-law tails for tracer concentrations. 
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Figure 8-23: CT scan of a continuous injection of tracer in a fractured core with a single 

fracture parallel to the dominant flow direction (i.e. 0
o
 orientation). The 

colorbar is a scale of normalized tracer concentration.  

 

Figure 8-24. UTCHEM simulations of a continuous injection of non-partitioning tracer in 

fractured Berea core B5 by varying the permeability ratios kf /km: the tracer 

distribution profiles at injection volume tD=0.42PV. 
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Figure 8-25: Comparison of BTCs from UTCHEM simulations on a continuous tracer 

injection test in fractured Berea core B5 (0
o
 orientation) by varying kf/km. 

 

 

Figure 8-26: The sensitivity study of permeability contrast /
f m

k k on the IWTT tracer 

breakthrough profile.  
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Figure 8-27: History matching of Tracer BTCs of an IWTT in Berea core B5. 
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Figure 8-28: The evolution of SWTT tracer concentration distribution in Berea core B5. 

(A)  Injection: 0.123 PV tracer slug+0.187 PV chasing slug; (B) Shut-in for 

0.5 days; C) Shut-in for 4 days, or production stage 0 PV; (D, E, F) 

Production 0.31PV, 0.62, 0.93 PV, respectively.  
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Figure 8-29: History matching of tracer breakthrough curves in SWTT test in Berea core B5 ( f m
k k =40). 
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Figure 8-30: The Setup of Cartesian Grid blocks for UTCHEM SWTT model. (A) The full size of modeled field near a single-

well, field size: 378 ft × 484 ft; (B) Expanded fine grid region, where gridsize is 1 ft × 1 ft. 
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Figure 8-31: The sensitivity of grid-size on tracer BTCs: (A) the tracer profile of MEK; 

and (B) the tracer profile of NPA. 
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Figure 8-32: A homogeneous permeability field with a single well (Left) and the 

distribution of primary tracer at the late time of injection in a SWTT (right). 

 

Figure 8-33: A permeability field with a single fracture, 1 ft. width ×10 ft. length in Case 

1 (left) and the distribution of primary tracer at late-time of injection (right). 
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Figure 8-34: A permeability field with a single fracture, 1’ Width×10’ Length in Case 2 

(left) and the distribution of primary tracer at late-time of injection (right). 

 

Figure 8-35: A permeability field with two small-scale fractures in Case 3 (left) and the 

distribution of primary tracers at the late time of injection (right). 
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Figure 8-36: Comparisons of SWTT tracer breakthrough curves in a non-fractured 

reservoir and three fractured reservoirs. (A) Profiles of primary& secondary 

tracers: propyl formate & NPA; (B) Profiles of mass balance and cover 

tracer: Pentanone & MEK. 
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Figure 8-37: Two permeability fields with the same kf and km, except of the different 

fracture length. (A) Short fracture, 11 ft, and (B) Long fracture: 31 ft. 

 

Figure 8-38: Tracer concentration histories of all four tracers from SWTTs performed in 

two fields with different fracture length, represented in Fig. 8-37. 
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Figure 8-39: Tracer breakthrough curves generated in the SWTTs in the cases with 

multiple fractures. (A) A homogeneous matrix permeability field with two 

parallel fractues; (B) A homogeneous permeability field with a “T” shaper 

fracture; (C) Comparison of tracer production profiles for these two 

fractured cases, compared with those from non-fractured field.   
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Figure 8-40: A realization of stochastic permeability field with a single well (left) and the 

distribution of primary tracer at late time of injection in a SWTT (right). 

 

Figure 8-41: The stochastic permeability field with a fracture connected to the well (Left) 

and the distribution of SWTT primary tracer at late time of injection (right). 
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Figure 8-42: The comparison of tracer profiles generated in SWTTs in a fractured and a 

non-fractured reservoir both having heterogeneous permeability field. 

 

Figure 8-43: Model of fluid drift in Cartesian Grid 
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Figure 8-44: The effects of fluid drift in homogeneous field: (A) The propagation of 

primary tracer at the late-time injection; (B) The pressure distribution along 

the single well and whole field; (C) The distribution of tracers at late-time 

shut-in period; (D) The linear pressure gradient exists at late shut-in period. 



 
330 

/

 

Figure 8-45: The effects of fluid drift on tracer profiles from SWTTs performed in a 

heterogeneous field with a single fracture, at three velocities: 1ft/D, 0.5 ft/D 

and 0.25 ft/D. 
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Figure 8-46: The sensitivity of connate water saturation on tracer breakthrough profiles. 

The simulated tests were performed in the same field as that of Fig. 8-45, 

with the drift velocity of 0.5 ft/D. 
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Chapter 9: Conclusions and Recommendations for Future Work 

 

9.1 SUMMARIES AND CONCLUSIONS 

9.1.1 The Characterization of Vuggy Carbonates 

NMR T2 measurement, mercury injection capillary pressure test (MICP), thin-

section imaging, and computerized tomography (CT) scanning were performed to 

characterize the dolomite cores from the field. A single phase tracer test and multi-phase 

flow study (mercury injection and withdrawal test, and spontaneous imbibition) were 

conducted to study of capillary pressure and relative permeability curves.   

1) For the field dolomite cores: both thin section images and CT scan images 

showed that the touching vugs and separate vugs were present. The touching vugs 

were connected over a distance of about 1 cm, but they were not interconnected 

from inlet to outlet in the core samples. MICP tests revealed that the interparticle 

pore throat was small and hence the matrix was tight, which controlled the 

apparent permeability. NMR T2 measurements and MICP tests showed the 

multimodal behaviors in the pore-body and pore-throat distributions. The core 

consistently exhibited a T2 peak associated with bulk brine response. The 

threshold T2 separating matrix and vuggy porosity was set to 0.25 seconds, and 

the vuggy porosity was 83% on an average. The aspect ratio of pore body to 

throat was large in the field dolomite cores.  

2) For Silurian dolomite cores, three-dimensional CT porosity mapping revealed that 

the vugs were small and numerous. The matrix was not very tight and the vug 

connectivity was good, compared with the field dolomite. The semivariogram 

analysis indicated that the distribution of porosity in the field core had a strong 
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spatial randomness with a range of ~1cm. As a comparison, there were two scales 

of heterogeneity in the porosity distribution in Silurian dolomite core. In the 

larger scale, the range of the porosity semivariogram was ~3.5 cm.   

3) A single-phase tracer flood performed under CT images showed a large porosity 

variation and a preferential flow within the field cores. The displacing fluid 

possessed an early breakthrough (0.20PV) and a diffusive flood front. A large 

portion of the initial fluid in place was not recovered by the injected tracer fluid. 

A capacitance model was not able to model the tracer breakthrough curves 

(BTCs) in the field dolomite cores because of its extremely long tail. The long tail 

was then fitted by a two-layer model, assuming that one layer possesses the 

properties of matrix and one layer represents vugs. This model allowed the 

convectional flow in both layers, which was different from the capacitance model. 

The two-layer model provided additional petrophysical information (the 

permeability contrast and porosity ratio of matrix and vugs) for the vuggy 

carbonates.    

4) Mercury injection and withdrawal curves represent primary drainage and 

spontaneous imbibition, respectively. Compared with Silurian dolomite core and 

Estaillades limestone core, the smaller recovery of mercury (non-wetting phase) 

from the field core indicated that snap-off retained mercury in the vugs from 

draining through the surrounding small pore throats.  

5) In vuggy carbonates, the higher capillarity in micropores leads to the spontaneous 

imbibition of wetting phase into the micropores before entering the vugular pores 

where capillary pressure is nearly zero. Hence the relative permeability of wetting 

phase at early time of counter-current imbibition was found to be extremely small. 
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We applied a dimensionless time
*

, 2c

rw
D P

C w

kk
t t

L



 
 , which was modified from 

Zhou and Kovscek (2002), to scale-up the imbibition experiments performed in 

five strongly water-wet cores. The oil recovery curves collapsed with little scatter, 

and then water relative permeability *

rw
k  could be estimated for each core.  

6) NMR T2 measurement was performed to investigate the distribution of residual oil 

saturation after spontaneous imbibition. Doped water with the addition of 

paramagnetic MnCl2 caused the separation of water and oil peaks in T2 spectra. In 

a vuggy carbonate core, the trapped oil after forced imbibition by centrifugation 

was found mainly in the larger pores. The large length scale of oil droplets in the 

vugs led to a large buoyancy force. Based on the theory of inverse Bond number, 

a low to ultra-low IFT surfactant was needed to remobilize the trapped oil. 

9.1.2 Wettability Alteration Surfactants Under Harsh Reservoir Conditions 

1) One cationic surfactant BTC® 8358, one nonionic surfactant Ethomeen®, and 

one anionic surfactant Enordet® A092 were selected as promising wettability 

alteration surfactants because they possessed aqueous stability in hard brine at the 

elevated temperature and reduced contact angles. Experiments have shown that 

the oil can be recovered from the oil-wet Silurian dolomite cores either by 

capillarity-driven imbibition (e.g. BTC
®

 8358, 56.4% OOIP), or gravity-driven 

imbibition (Enordet® A092 formulations, up to 69.7% OOIP), or low tension-

aided gravity drainage (IMP, AKL-523 and AKL-531, up to 54.7% OOIP). 

2) The effect of divalent cations in the hard brine on the anionic surfactant-mediated 

wettability alteration:  

 For surfactant formulation AKL-207, a serial dilution of hard brine 

reduced the contact angles continuously. Ca
2+

 and Mg
2+

 in hard brine 
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significantly suppressed wettability alteration mediated by a sulfonate 

surfactant Enordet
®

 A092 (AGS). Removal of Ca
2+

, and then Mg
2+

 from 

hard brine progressively promoted wettability alteration by Enordet
®
 

A092, evidenced by decreasing contact angles. The inhibitory effect was 

more from Ca
2+

 than Mg
2+

 as to wettability alteration. 

 A sufficient amount of divalent ion scavengers including EDTA.4Na and 

sodium polyacrylate (NaPA) was needed in an anionic surfactant 

formulation to promote wettability alteration and enhanced oil recovery by 

spontaneous imbibition.  

 Significant IFT reduction by surfactants did not automatically result in 

high performance in wettability alteration. In a hard brine condition, the 

optimum salinity needed for an ultralow tension surfactant deviated from 

the salinity required for wettability alteration.  

3) The cumulative oil recovery (in %OOIP) from the initially oil-wet Silurian 

dolomite core by spontaneous imbibition was higher than that from the field 

dolomite cores. The difference of oil recovery in average was about 25% OOIP. 

The poor oil recovery in the field dolomite core was mainly attributed to 

unfavorable pore structure. As indicated in the capillary desaturation curve 

(CDC), the residual oil saturation after gravity drainage is approximately 10~20% 

higher than gravity-driven imbibition when two processes have the same trapping 

number NT, which strongly implies the wettability alteration contributes to the 

improved oil recovery in the initially oil-wet carbonates. A critical trapping 

number is presented in the CDC, where wettability alteration is involved. There is 

no well-defined critical trapping number in gravity drainage process, because the 

saturation of the wetting phase (oleic) continues to decrease when NT increases.  
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4) Without an anionic surfactant, the divalent ion scavengers by themselves were not 

able to recover oil either by spontaneous imbibition, or by a tertiary mode core 

flood. Scavengers triggered mineral dissolution, but did not significantly 

contribute to the imbibition oil recovery. 

5) The surfactant monomer, not a micelle, is needed to form a monolayer on the 

carbonate rock surface through hydrophobic interaction with the adsorbed crude 

oil molecules. Because of an extremely low solubility product Ksp of calcium 

sulfonate, the presence of high concentration of divalent cations (before reaching 

the precipitation boundary) alters the balance of micelle-monomer-precipitation, 

and leads to the lower availability of surfactant monomers, and then inhibits the 

extent of wettability alteration based on the surfactant adsorption. We proposed 

that the presence of sufficient amount of scavengers in an anionic surfactant 

formulation reduces the free hardness cations, which promotes the release of 

surfactant monomers from the micelles and then triggers wettability alteration by 

surfactant adsorption.   

9.1.3 Mechanistic Study of Wettability Alteration and Imbibition 

1) Water wetness of core samples facilitates oil recovery. In an oil-wet Silurian 

dolomite core, experiments and UTCHEM simulations consistently showed the 

synergy between wettability alteration and low IFT effect. 

2) In the UTCHEM model, wettability alteration is represented by the changes in Pc, 

kr and CDC curves. The effect of low tension on wettability alteration-enhanced 

oil recovery is not significant until the IFT drops to ~10
-3 

mN/m, while the low 

tension becomes much more important when wettability alteration is not involved. 

3) UTCHEM simulation captured the true mechanisms behind the oil recovery 

processes. Sensitivity studies were carried out to investigate the effects of fluid 
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density, capillary pressure and vuggy pore structures on oil recovery. The fluid 

density difference is important for all the oil recovery mechanism (i.e., WA only, 

IFT only, and WA+IFT), especially in the case of IFT only. The effect of 

capillary pressure is significant when the IFT is not substantially low. The 

ultimate oil recovery and oil production rate are very sensitive to the parameters 

of capillary pressure curves. A redundancy between capillary pressure and 

relative permeability parameters was found in the UTCHEM simulation. A great 

uncertainty is behind the history matching, and the reliable measurement of 

capillary pressure is needed in a mechanistic simulation study.  

4) In the presence of large-size vugs and fractures, the drainage relative permeability 

curves become nearly straight, behaving like a fracture-dominant system. Hence 

the oil recovery rate is generally faster, although the ultimate oil recovery is 

generally lower in the vuggy carbonates, compared with non-vuggy systems. 

9.1.4 Modeling of Low Tension Imbibition and Gravity Drainage 

Three current available oil recovery prediction models (Hagoort, 1980; 

Aronofsky, 1958; Gupta and Civan, 1994) were tested against imbibition experiments. 

The limitations of each model were discussed. Two new analytical models were 

developed in this work (Models #3 and #4), which significantly improved the quality of 

matching with experimental oil recovery. The matrix-fracture transfer functions, derived 

from the above analytical models, could be implemented in a dual-porosity simulator, 

providing more accurate numerical simulations of oil production in fractured reservoirs.  

1) The scaling term ,D g
t proposed by Hagoort (1980) was able to scale the gravity-

driven processes even with changing wettability and IFT. However, Hagoort’s 

analytical solution poorly predicted the oil production in gravity drainage, and the 

deviation is about 20% of recoverable oil. The discrepancy lied on the 
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unsubstantiated assumption that the gravity drainage in the water/oil system took 

place only in vertical direction.  

2) Aronofsky’s empirical function (1958) underestimates the early time oil recovery. 

The model simply assumes the oil production rate is a first-order function to the 

instantaneous recoverable oil remained within the rock, which is not true in the 

gravity-driven imbibition or drainage. We modified Aronofsky’s model by taking 

into account the change of rok as a function of dimensionless time
,D g

t , which can 

be determined from a regression analysis of oil recovery curves from the 

spontaneous imbibition experiments. This correlation was a uniquely determined 

function for a specified crude oil/brine/rock system. The modified Aronosky’s 

model (Model #3) significantly improved the quality of history matching of 

experimental oil recovery data provided from this work and from the literature.   

3) Model #4 only considers the viscous pressure loss v in oil phase, and assumes 

the surfactant solution enters the core from the sides and the oil is produced 

vertically. Model #4 improves history matching of the oil recovery curves, 

compared with Aronofsky’s model. The values assigned to matching parameters 

are reasonable, which implies that Model #4 has the sound physics.   

4) The triple-exponential function (Gupta and Civan, 1994) offers a significant 

improvement in the quality of matching by considering the contributions of dead-

end pores to the ultimate oil recovery in the vuggy carbonates. However, the 

values assigned in the matching parameters are not obtained mechanistically.  

9.1.5 Effects of Small-Scale Fractures on Transport of Partitioning Tracers 

We aimed to investigate the feasibility of using the SWTT in fractured reservoirs 

to determine ROS or connate water saturation. The fractures studied in this chapter are 
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mainly small-scale, isolated/disconnected fractures. The UTCHEM tracer test simulations 

were performed using single porosity option. 

1) The bench-scale SWTT methodologies were developed and validated in a 

homogeneous Berea core. The dispersivity was determined from a single phase 

tracer test. The properties of tracer chemicals (kd and kh) were measured in bulk 

tests. The tracer breakthrough curves (BTCs) from a 1D SWTT tracer test was 

modeled numerically and also matched using UTCHEM simulator.    

2) SWTTs were conducted in four Berea cores with a single fracture in each core, 

orientated as 90
o
, 60

o
, 30

o
, and 0

o
 against dominant flow direction. The presence 

of a fracture distorted the tracer profile, resulting in early breakthrough and long 

tails. The distortion became more pronounced when the fracture orientation was 

less than 30
o
.  

3) The tracer breakthrough curves in the fractured cores were matched in UTCHEM. 

A simple Cartesian grid without dual porosity is adequate. The key matching 

parameter is the permeability contrast between matrix and fracture. The 

permeability contrast between fracture and matrix was determined in a core with a 

horizontal half-open fracture, by comparing CT scan images and UTCHEM 

simulation profiles. 

4) A synthetic field-scale SWTT was not sensitive to the presence of moderate 

degrees of small-scale fractures, either in homogeneous background permeability 

field or heterogeneous permeability field. The sensitivity of fluid drift, 

representing of flow irreversibility, on the SWTT in a fractured field was 

investigated. In a specified reservoir condition and SWTT schemes, the critical 

drift velocity was determined in a simulation study.   
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9.2 RECOMMENDATIONS FOR FUTURE WORK 

1) We proposed that the presence of sufficient amount of divalent ion scavengers in 

an anionic surfactant formulation triggers wettability alteration mainly by 

enhancing the surfactant adsorption. More evidences are needed to validate this 

hypothesis, such as the microscopic study of surfactant adsorption and formation 

of monolayer with crude oil components by atomic force microscopy (AFM). 

2) Both emulsification and wettability alteration requires the hydrophobic interaction 

of the surfactant molecules with crude oil components. IFT and contact angle 

were found to have the same optimal salinity for an anionic surfactant formulation 

with Na2CO3 in the softened (Gupta and Mohanty, 2011). We did not observe the 

same trend using the surfactant formulations in hard brine. We speculated that the 

presence of Ca
2+

/Mg
2+

 breaks this trend. We hypothesized that the addition of 

sufficient amount of scavengers, by softening the brine in an ultra-low IFT 

surfactant formulation, will promote wettability alteration. We studied one 

example in this work (i.e. AKL-523). A systematic study of the effect of salinity 

and hardness on low IFT and wettability alteration is needed.  

3) The properties of the microemulsion phase (density and viscosity) were ignored in 

the development of scaling laws for low tension-aided gravity drainage/ 

imbibition. The effect of microemulsion viscosity cannot be simply ignored when 

the microemulsion phase is present in the cores. A new scaling law to take these 

effects into account is needed.  

4) To mimic the conditions for the field tests, we injected the tracer solution at a fast 

rate (20~40 ft/day) in a lab SWTT study. The trace concentration decayed as a 

power-law, not exponentially. We have provided some possible reasons, while a 
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comparative experiment with smaller injection rate is definitely needed to 

investigate the effect of injection rates.  

5) We aimed to develop a strategy to perform SWTT in a fractured reservoir to 

determine phase saturation (ROS or Scw). The technique of gel placement was 

proposed to block well-connected fracture networks, leaving the small-scale and 

isolated fractures. We recommend to conduct the tracer tests before and after gel 

placement in future, in order to investigate the contribution of gel placement and 

the feasibility of SWTT in a highly fractured reservoir.  
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Appendix A: Derivations of Analytical Models for Low Tension Aided 

Gravity Driven Drainage/Imbibition 

In this appendix, we make an attempt to predict oil recovery from an oil-wet rock 

using simple analytical models. In an oil-wet carbonate core, oil can be recovered either 

through spontaneous imbibition by surfactant-mediated wettability alteration towards 

water-wet, or through gravity drainage by anionic surfactants at their optimum salinities, 

leading to ultra-low IFT between aqueous /oleic phases. 

Five common assumptions have been made in order to derive the analytical 

models. The details of assumptions were described in Section 7.1.2. Additional 

assumptions will be proposed in some models as needed. In Chapter 7, we have presented 

five models to predict oil recovery in low tension-aided gravity drainage or imbibition. 

Aronofsky’s model is an empirical model, and no derivation is required. The derivation 

of Chen’s Model (Model #3) was already presented in Chapter 7. This appendix consists 

of the derivations of remaining three models: Models #1, #4 and #5.  

Section A1 reproduces of the derivations in Hagoort, et al. (1980), where the 

equations were presented to describe gravity drainage without forced gas injection. The 

new model derived in Section A2 assumes the imbibition depth decreases linearly from 

the bottom to the top of the core until the imbibition front reaches the center of the 

cylindrical core. Thus, oil recovery for early time drainage is correlated with the 

configuration of imbibition front. Section A3 provides the derivation of triple exponential 

function, which includes the effect of reservoir heterogeneity, especially the dead-end 

pores.     
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A1:  STABLE THEORY AND FREE-FALL THEORY 

A1.1 Stable Theory for Immiscible Displacement  

If capillary forces are absent, one-dimensional gravity drainage in a core is in a 

manner of co-current imbibition. The potential drop in aqueous phase is negligible 

because the mobility of non-wetting phase (i.e. water phase in this case) is relatively 

high. In this simplified model, before breakthrough, oil drainage takes place under “free-

fall” conditions if capillary pressure is not considered. The free-fall gravity drainage rate 

reads (Hagoort, et al., 1980) 

ro
o

o

gkk
u






  …………………………………………………………………  (A-1)                                           

If capillary pressure is not negligible, capillary pressure is a resistance force to oil flow. 

The gravity drainage rate will be smaller than the value computed in the equation above. 

Stable theory for water displacing oil in homogeneous, uniform porous medium 

without a transition zone can be found in Lake (1989). An upward displacement of oil by 

water is stable for oil rates not exceeding the critical rate for viscous fingering. The 

critical rate for viscous fingering is given by equation 

(1 1 )

ro
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gkk
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…………………………………..…………………………. (A-2) 

where Ms is the shock mobility ratio.  

Free imbibition/drainage process is unconditionally stable. It can be explained as 

follows. For water displacing oil, the value of Ms will be quite high. Comparing Equation 

A-1 and A-2, we observed that the free-fall drainage rate is slight lower than the critical 

rate. Hence the water oil interface propagates in piston-like manner. 

The stability theory was validated for an ultra-low IFT surfactant displacement 

(Lu et al, 2003 and Tavassoli et al., 2003) when microemulsion phase formed between 
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the oleic phase and the imbibing surfactant solution. High viscous microemulsion phase 

improves the stability of the oil bank. The critical rate for aqueous surfactant solution 

displacing of the microemulsion phase is decreased. However, it still holds true that free-

fall drainage is always stable.  

A1.2 Free Fall Theory (Hagoort’s Model) 

The oil flows in the stable vertical gravity drainage with a shock front. The 

Buckley Leverett oil saturation profile can be demonstrated in Figure A-1. In order to 

investigate the oil recovery efficiency versus time in gravity drainage, we used an 

approach similar to fractional-flow method.      

For the value of the water potential, we can write 

constantw w wp gz          ……………..…..……....……………………… (A-3)            

Darcy’s Equations 
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Continuity Equation 
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………………………………………..…..…………………….…... (A-5) 

Capillary Pressure (Leverett J-function) 
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    ………………………………….………….…..... (A-6) 

With the help of Eqs A-3 and A-6, we can express the oil potential as  

owconstant ( )o o o op gz gz J S
k

         …………………….….……….. (A-7) 

With Eqs A-4 and A-7, the continuity equation, A-5, then becomes 

( ) 0o o o
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S S Sgk k
k k J

kt z z z

  
 

   
   

   
…………………………….… (A-8) 

It is clear to show in Equation A-8 that the capillary pressure will affect saturation 

propagation in the high saturation gradient. The similar conclusion can also be reached in 
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Buckley-Leverett solution, where capillary force smears the saturation shock front. Since 

we have assumed capillary pressure to be negligible, it is then reasonable to discard the 

capillary term in the equation A-8, and then the equation is rewritten as: 

 0o o
ro

o

S Sgk
k

t z






 
 

 
……………………………………………..……..…… (A-9) 

With the dimensionless quantities:  
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Equation A-9 is put in dimensionless form: 
* *
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The similar equation was derived by Hargoort, et al. (1980) in gas/oil gravity drainage 

system. From equation A-10 it follows, for the saturation profile behind the shock front, 

that * *
( ) ( )

D o ro o D
z S k S t .  

From Buckley-Leveret theory, the cumulative oil recovery before breakthrough is given 

by 

o

p D roN t k  ……………..…………………………………..………………….…. (A-11) 

And after breakthrough,  
* *

1 ( )p oe ro oe DN S k S t   ,  

where *

oe
S normalized oil saturation at outflow end (i.e. at the top face of the core). 

Now consider a case where oil relative permeability is in Corey-type form: 
*o n

ro ro o
k k S  

Therefore,  
1

1
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N
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If we redefine a dimensionless time to include end-point oil relative permeability, 
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Then, the final expression of Hagoort’s Model in water/oil system is  
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A2. VISCOUS PRESSURE LOSS v  IN OIL PHASE ONLY 

This derivation of this model was inspired by Mohammad Kalaei’s dissertation 

(2013) and Dr. Gary Pope’s Notes. In addition to five common assumptions (Section 

7.1.2), four new assumptions were described in Section 7.5.1.  

A2.1 Before Imbibition Reaching the Center of the Core (xwb<R) 

As assumed, surfactant solution enters the core radially (only in x direction) and 

oil produces only in the z-direction (As shown in Figure 7-9). The frontal velocity at 

height z can be expressed by  

( ) (1 )w wb

z
v z v

H
  ………………………………….…………………………….. (A-17) 

The imbibition rate of surfactant solution into the core between z and z+dz equals 

*
(2 )

w
v R dz   , 

*
where (1 )

oi or
S S    . Therefore, the produced oil by imbibing of 

surfactant solution at each height accumulates and the total flow rate of oil increase with 

increase in height. The total flow rate of oil at each height, ( )oQ z , is calculated by

2
* * *

0 0

( ) (2 ) (2 ) (1 ) (2 ) ( )
2

z z

o w wb wb

z z
Q z v R dz R v dz R v z

H H
           …………. (A-18) 
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Oil flow rate and accessible area for oil flow vary vertically. The oil phase pressure 

gradient can be related to the oil flow rate by Darcy’s law:  

( ) ro o
o

o

kk A d
Q z

dz


  ……………….……………………..….………………….… (A-19) 

The accessible area for oil flow at each height z is expressed as:  
2

(1 )wb

z
A R x

H

 

   
 

………………………………………………………….... (A-20) 

Substitute Eq. A-20 into Eq. A-19, and then equal Eq. A-19 with Eq. A-18, 
22

*
(2 ) ( ) (1 )

2

ro o
fb wb

o

kk dz z
R v z R x

H H dz
  



 
     

 
…………………………… (A-21) 

The pressure drop in oil phase can be resolved along z, 
2

*

2
0 0

2

( )

( )

H H

o wb
o

ro
wb wb

z
z

Rv Hd dz
zkk

R x x
H

 



 

 
  …………………………………..… (A-22) 

Separate the variables and integrate both sides,   
2

2 *

0

2 2 ln(1 )

H

wb wb ro
o

wb wb o wb

x x kkH R
d

x R x R Rv 

 
     

 
 ……………………..……...…. (A-23) 

Considering of Taylor series expansion, we have 

2 3 4

1

1 1 1 1
ln(1 ) ( ) ( ) ( ) ( )

2 3 4

nwb wb wb wb wb wb

n

x x x x x x

R n R R R R R





        ……………...… (A-24) 

The potential of oil phase can be found by first assuming water potential change is 

negligible. We can write, 

constantw w wp gz          ……………..…..…………….……………….. (A-25)            

With the help of Eq. A-25 and neglecting capillary pressure gradient, we can express the 

oil potential as  

ow( ) constanto o o w c o op gz p p S gz gz           ……….……………..… (A-26) 

Then the integration of oil potential from the bottom to the top of the core gives, 
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0

( ) ( 0)

H

o o od z H z gH        ………………………………………..... (A-27) 

Substitution of Eqns. A-24 and A-27 into Eq. A-23 gives:  

2 *

2 1
( )
3 2

wb ro
wb

o

x kk g
v

R R H



 


  ……………………………...…………………….… (A-28) 

Recognize wb
wb

dx
v

dt
 , and write dimensionless time tD, 

*

ro
D

o

kk g
t t

H



 


 ……………………………………………………………………. (A-29) 

Then, Eq. A-28 can be further integrated and resulted in a quadratic equation:  

2 8
( ) 4 0

3

wb wb
D

x x
t

R R
   ……………………………………………………..…… (A-30) 

Solve Eq. A-30 and obtain a single solution:  

4 16
4

3 9

wb
D

x
t

R
    ………………………………………………….………… (A-31) 

Rearrangement of Equation A-30 gives: 

2 8 32 8 16
( ) 4 4 4

3 9 3 9

wb wb
D D D

x x
t t t

R R
        

Recovery factor in terms of recoverable oil (a.k.a. normalized recovery factor) is 

computed based on the configuration of imbibition front and gives, 

21
( )  

3

o wb wb

o

V x x

V R R



   …………………………………………………………. (A-32) 

Eq. A-32 is only   wbvalid for x R . Substitute Eq. A-31 into Eq. A-32 and obtain, 

68 9 4 68
1

27 4 3 27
D Dt t      ………………………………..………………….… (A-33) 

 
( )

ro
D

o oi or

kk g
where t t

S S H



 





. 

The expression of Eq. A-33 indicates that the normalized oil recovery by low 

tension drainage or imbibition can be predicted by a single-parameter function. The 

comparison between model-predicted oil recovery and experimental data was presented 
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in Figure A-2, in which one gravity-driven spontaneous imbibition (data from Hirasaki et 

al, 2004) and three low tension gravity drainage on Silurian dolomites (SD-13, SD-14 

and SD-17) experiments were displayed. The dash line represents the dimensionless time 

when the imbibition reaches the center of the core, i.e. 11
12Dt  . The model matches 

satisfactorily with oil recovery in drainage/imbibition experiments when 11
12Dt  . The 

curves computed by models deviate from the experimental data soon after 11
12Dt  . The 

comparisons in Figure A-2 reflect the accuracy of the model prediction. 

Next we pursue an analytical solution of gravity drainage or imbibition after 

surfactant imbibition front reaches the center of the core, i.e. 11
12Dt  .   

A2.2 Imbibition after Reaching the Center of the Core (xwb>R) 

Before imbibition reaching the center of the core, the contribution of aqueous 

flow from the bottom and the top is very small, the main flow of surfactant solution is 

horizontal flow from the sides. The aqueous solution enters the core from all directions in 

late time low-tension imbibition or gravity drainage, and the net flow of water and oil 

phases become co-current flow from the bottom face (Gupta and Mohanty, 2010; M. 

Hosein Kalaei, 2010).    

As indicated in Chapter 7, Aronofsky’s empirical model usually underestimates 

early time recovery, while it yields satisfactory matching of experimental data in late- 

time gravity drainage. It then becomes reasonable to make an attempt to match the late 

time drainage by using Aronofsky’s single-parameter empirical model.  

When imbibition front reaches the center of the core, the normalized oil recovery 

is 2
3

   computed by configuration of imbibition front. Then the dimensionless time 

tD and real production time t
*
 (in seconds) for 2

3
  can be determined by Eqn. A-33. 

* 11

12
Dt  ………………………………………………………………………...…. (A-34)   
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* ( )11

12

o oi or
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S S H
t

kk g

 







…………………………………………………..……… (A-35) 

After reaching the center of the core, i.e., 11
12Dt  (or wbx R ), the total oil recovery 

can be expressed by adding the oil production before and after reaching the center. The 

total oil recovery is resolved by Aronofsky’s empirical function 
*( )2 1

(1 )
3 3

D Dt tR
e

R
  



     or  

*( )1
1

3
D Dt t

e  
  ……………………………………………………………….…. (A-36) 

Or substitute Eqn. A-34 into A-36 and obtain 

1 0.8336 Dte 
  ………..…………………………………………………….…. (A-37) 

Where 11 ,
12Dt or wbx R . 

As a result, the total oil recovery in Model 3 is expressed as follows: 

68 9 4 68 11
1 ,        

27 4 3 27 12

11
1 0.8336* ,                     

12
D

D D D

t

D

t t t

e t



 


    


   


 ………………..….…………….…… (A-38) 
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A3. DERIVATION OF TRIPLE EXPONENTIAL TRANSFER FUNCTION 

The triple exponential transfer function was proposed by Gupta and Civan (1994). 

This section is aim to reproduce some important derivation steps for the reader’s 

convenience. Please refer to original paper for more details if needed.  

It assumes that the oil transfers at various points of naturally fracture formations 

were assumed to occur at rates proportional to the oil available at those sites. Gupta and 

Civan (1994) included the effect of dead-end pores and expanded the rate equations as 

follows: 

      3
/

d d
dV dt V

  ……………………………………………….……….... (A-39) 
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      3 1
/

n d n
dV dt V V

    ………………………………………..…………. (A-40) 

      1 2
/

i n i
dV dt V V

    ……………………………………………..……. (A-41) 

and 2/f idV dt V
 ………………………………………………………..…... (A-42) 

where Vd, Vn, Vi, and Vf are the cumulative volumes of oil remaining in the dead-end and 

interconnected pores of the matrix, accumulating over the fracture surface as oil droplets, 

and entrained by the fracture-medium fluid, respectively, expressed as per unit bulk 

volume of porous media. λ1, λ2 and λ3 are empirically determined rate constants, and α, β, 

and γ are the orders of the governing transfer processes (See Figure 7-xx).  

The initial conditions are given by: 

  ,   ,  0,  0, 0d d n n i fV f V V f V V V t      ………………………………………. (A-43) 

Where, V represents the recoverable oil contained initially in the interconnected and 

dead-end pores of the matrix. The fraction of recoverable oil presented in the 

interconnected pores and in the dead-end pores denoted by fn and fd, respectively, and  

fd + fn=1………………………………………………………………………...…... (A-44) 

A simultaneous solution of Eqns. A-39 through A-42, subject to the initial 

conditions given by Eq. A-43 yields the following expression when 1     : 

2t

d d
V f V e




 …………………………………………………………………...….. (A-45) 
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……………... (A-47) 

And the fraction of oil in fracture, i.e. cumulative oil recovery is expressed as: 
3

1

( ) 1 jt

f j

j

V t V a e






 
  

 
 ……………………………………………..………….... (A-48) 
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Such that: 1 2 3 1a a a    

32
1

2 1 1 3

( ) ( )n da f f


   

 
  

  
..…………………………………………………... (A-

49) 

31
2

2 1 2 3

( ) ( )n da f f


   

 
   

  
…..…………………………………………….. (A-50)

1 2
3

1 3 2 3

( )( ) da f
 

   


 
………………………………………………………….... (A-51) 

The exponential recovery constant λ is sometimes called production decline 

constant, which might be considered purely as a curve-fitting parameter. In this sense, we 

have four independent model fitting parameters in this triple exponential transfer 

function. A least-square nonlinear regression of these data yields the values of λ1, λ2, λ3 

and fd. The remaining parameters are calculated using correlations. The coefficients a1, a2, 

and a3 and fn can be obtained using Eq. A-49 through Eq. A-51, and A-44, respectively. 

The fraction of recoverable oil fn and fd can be determined either by direct petrophysical 

measurements or inferred as a part of model fitting process. 

Two limiting cases:  

1) In the case of non-contributing dead-end pores or insignificant amount oil in 

the dead-end pores (i.e., λ3=0 or fd=0), the triple exponential function Eq. A-48 is reduced 

to a double exponential form proposed by Kazemi et al. (1992) and theoretically derived 

by Civan (1993).  

2) In the case of rapid transfer of oil from matrix/fracture interface to the fracture 

system and non-contributing dead-end pores (i.e., 2 1   and 3 0 or 0df   ), the 

triple exponential function is further simplified to single exponential function, which was 

originally developed by Aronofsky et al. (1958) and widely accepted and used by many 

researchers. 
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Figure A-1: Schematic of stable vertical gravity drainage as co-current flow, and Buckley- Leverett saturation profile. 

Figure A-2: Comparison of oil recovery predicted by Eq. A-33 with four low tension aided drainage/imbibition experiments.   

A1 A2 
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Glossary 
 

a            Range (m) 

αL           Longitude dispersivity (m) 

c            Sill 

Cpc           Capillary pressure endpoint 

surf
C          Surfactant concentration in bulk phase  

ˆ
surf

C          The concentration of surfactant adsorption  

D            Diameter of the core plug (m)       

DL           Longtitude diffusion coefficient (m
2
/s) 

Epc           Capillary pressure exponents 

fd            Fraction of dead end pore space in the capacitance model 

h            Lag distance (m) 

Kd           Partitioning coefficient  

kh             Hydrolysis rate of reactive chemical tracer 

Kl            Dispersion coefficient (m
2
/s) 

L            The height of the core plug (m) 

Lc           Characteristic length (m) 

M*          Mobility ratio at the displacement front 

Np           Normalized Oil recovery 

Npe           Peclet number 

NT           Tapping number 

NB           Bond number 

Nc           Capillary number 

NB
-1

          Inverse Bond number  
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Pc            Capillary pressure (psi) 

Soi            Initial oil saturation 

Sor            Residual oil saturation 

T             Matrix-fracture mass transfer term 

T2            Transverse relaxation time (s) 

T2B            Bulk relaxation time (s) 

tDg            Dimensionless time for gravity-driven process 

tD,Pc           Dimensionless time for capillarity-dominant process 

u              Darcy velocity (m/s) 

v              Interstitial velocity (m/s) 

              Porosity 

σ              Interfacial tension (mN/m) 

λ              Phase mobility  

Δρ             Density difference (kg/m
3
) 

μw                 Water phase viscosity (cP) 

μo             Oil phase viscosity (cP) 
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