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Abstract

Production Performance Evaluation of Energized Fracturing Fluids in
Unconventional Formations

Murtadha Jawad Al Tammar, M.S.E.
The University of Texas at Austin, 2014

Supervisor: Mukul M. Sharma

Pursuit of unconventional gas and oil has prompted the development and adoption
of innovative fracturing solutions. Energized fracturing is one promising technology that
can be an effective alternative to mainstream slickwater or hybrid fracturing fluids in
many applications. Yet, field use of energized fluids accounted for only 2-3% of 20112012 reported fracturing treatments in the U.S. compared to a markedly higher share of
42-46% in Canada. Recently, the superior performance and economics of foams were
reported in the Montney Gas Formation in western Canada. In this thesis, we utilized
field data and a compositional, 3D fracturing simulator to showcase the production
performance of energized fluids in several areas of the Cardium and Bakken Light Oil
Formations within the Western Canadian Sedimentary Basin.
Average well data in the Cardium revealed better production results for foam
compared to nitrified slickwater in the West Willesden Green and Buck Lake-Wilson
Creek fields. Foams had a 110% higher initial peak production rate and 51% higher long
term cumulative production in the West Willesden Green field with a similar initial
v

production profile and a 16.2% higher long-term production in the Buck Lake-Wilson
Creek fields. In contrast, the initial peak production rate of nitrified slickwater was 28%
higher with 95% incremental oil production relative to foam in the West Pembina field.
This shows that the effectiveness of foam fracturing fluids can vary significantly perhaps
because of better fracture containment and lower rock water sensitivity in some fields.
Across all the areas studied, foam completions on average were found to have 5-20%
lower costs and lower water and proppant requirements by 72-87% and 7-38%,
respectively. Fracture modeling, on the other hand, showed 53% higher well productivity
increase using nitrified slickwater largely because of better contained fractures in the thin
Cardium reservoir interval. Nitrified slickwater had twice the propped fracture length and
conductivity of foam. With markedly improved fracture containment in depleted Cardium
wells, foam is likely to outperform nitrified slickwater as fracturing fluid recovery is
enhanced and permeability/relative permeability damage is reduced in water sensitive
areas.
In the Bakken Formation, field data showed an average of 15.8% higher long term
cumulative production for foam compared to crosslinked gel despite the higher initial rate
of crosslinked gel. Foam fractures were predicted to have 44% higher well productivity
increase than crosslinked gel fractures based on simulations conducted. Foam had 50%
longer propped fracture, 73% higher fracture conductivity, and twice the relative
permeability to oil in the invaded zone compared to crosslinked gel.
In our simulation, some factors were not accounted for such as formation
heterogeneity, the effect of solution gas drive and associated water production, and the
interaction between induced and natural fractures. Also, our modeling work was based on
generic and synthesized data. For more accurate comparisons, we recommend performing
simulation runs with detailed well-specific data.
vi
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Chapter 1: Introduction
Energized fracturing fluids have been applied in North America in many
formations since their introduction, gaining popularity in the 80s. These fluids have
intriguing properties that make them an optimal choice in some applications over other
types of fracturing fluids. Today, however, their use is quite limited in the U.S. as
evidenced from publicly reported data. FracFocus.org was launched in 2011 as a
chemical disclosure registry for hydraulic fracturing treatments in the U.S. Figure 1.1
shows the usage of fracturing fluid types as a percentage of total reported wells on a
quarterly basis in 2011/2012. Energized fluids accounted for 2 to 3% of the reported
treatments (Robart et al., 2013). From a total of 25,604 reported wells, there were 609
energized fracturing treatments in 2011/2012 as shown in Figure 1.2. Figure 1.3 gives
the breakdown of these energized treatments by U.S. basin (Ribeiro, 2013).

Figure 1.1: Breakdown of fracturing fluid types as a percentage of reported wells on
FracFocus.org in the U.S. during 2011 and 2012 (Robart et al., 2013).
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Figure 1.2: Total number of reported wells on FracFocus.org in the U.S. during 2011 and
2012 by fracturing fluid type (Ribeiro, 2013).

Figure 1.3: Breakdown of reported energized treatments on FracFocus.org in the U.S.
during 2011 and 2012 by U.S. basin (Ribeiro, 2013).
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On the other hand, the use of energized fracturing fluids has historically been very
common in Canada. According to well records sourced from Canadian Discovery Frac
Database, energized fluids amounted to 42-46% of fracturing treatments in the Western
Canadian Sedimentary Basin (WCSB) in 2011/2012 as shown in Figure 1.4 (Reynolds,
2013).

Figure 1.4: Energized fracturing fluids use in the Western Canadian Sedimentary Basin
over 12-month periods in 2011/2012 as sourced from Canadian Discovery
Frac Database (Reynolds, 2013).
1.1 OBJECTIVE
The objective of this study is to compare production results of energized
fracturing fluids with water-based fluids in multi-stage fractured horizontal wells in
unconventional formations using field data. Also, modeling is employed to make
analogous fluid comparisons to the field cases.
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1.2 MOTIVATION
Recent statistics presented above suggest that energized fracturing fluids may be
underutilized in the U.S. In addition, comparative studies that examine the performance
of energized fluids with other types of fluids are very limited in the literature.
1.3 THESIS OUTLINE
Chapter 2 gives a general overview of energized fluids including their definition,
advantages, historical use, and recent applications. The scope of the study is introduced in
Chapter 3 including the database used for collecting field data and the specific simulation
software used for modeling. Chapters 4 and 5 present field case studies and related
modeling work in different formations. Conclusions are finally summarized in Chapter 6.
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Chapter 2: Energized Fracturing Fluids
In this chapter, energized fracturing fluids are first defined in the context of the
thesis. Then, the advantages realized from using energized fluids are described. Examples
of formations, mostly from the 80s literature, in which these fluids were successfully
applied are outlined next. Finally, recent applications of energized fluids that compare
their performance with other fluid types are discussed.
2.1 DEFINITION
As referred to in this thesis, an energized fracturing fluid includes one or more
compressible gas components in its formulation, such as pure nitrogen, liquid CO2, and
foam. A foam fracturing fluid is an emulsion of a dispersed gas phase, typically nitrogen
or CO2, into an external liquid phase which is commonly a water-based fluid but can also
be an oil-based fluid, viscoelastic surfactant, or any other fluid type. Water-based fluids
used with foams include linear and crosslinked polymeric gels or slickwater.
2.2 PROPERTIES
Before discussing advantages, it is important to understand the fundamental
rheology or viscosity of foams. Foams are characterized based on their quality – the gas
volume fraction or the ratio of the gas volume to the overall foam volume. Figure 2.1
illustrates qualitatively how foam viscosity changes with quality. In this Figure, the ratio
of effective foam viscosity to the external liquid viscosity (base fluid) is plotted at
different foam qualities. At low foam quality below 52%, foam viscosity is very close to
the base fluid viscosity and decreases slightly with increasing quality. Interaction
between well dispersed gas bubbles is minimal at low foam quality and hence, foam
viscosity is quite unchanged from the base viscosity. In the foam quality range between
52% and 95%, effective foam viscosity increases exponentially with quality as the
5

interaction between closely packed gas bubbles grows larger. Above 95%, a mist flow is
developed in which the gas becomes the external phase causing a significant drop in
viscosity (Friehauf and Sharma, 2009).

Figure 2.1: Ratio of effective foam viscosity to base fluid viscosity as a function of foam
quality (modified after Friehauf and Sharma, 2009).
Therefore, for low quality foams, the effective viscosity depends mainly on the
base fluid viscosity; while for high quality foams, the effective viscosity depends on the
base fluid viscosity, foam quality, and shear rate (Grundmann et al., 1983). Low shear
rates, which can occur within the fractures post-treatment, correspond to a higher foam
viscosity. High quality foams are commonly used with linear or crosslinked gels to
enhance foam stability, which further increases their effective viscosity. Foam stability
refers to the ability of foam to suspend gas bubbles preventing drainage of the external
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liquid from the foam. Foaming agents or surfactants that coat gas bubbles are used to
stabilize foams (Gidley et al., 1989).
There are many advantages of using energized fracturing fluids. In general,
energized fluids minimize the amount of water placed in the formation (Gidley et al.,
1989). A 70 quality foam, for example, uses 70% less water than an equivalent all waterbased fracturing fluid, whereas fracturing with pure nitrogen eliminates the use of water.
Furthermore, the multi-phase nature of foams make the leak-off rate of liquid slower than
a single phase fluid. The inclusion of compressible gases in energized fluids also requires
less total fluid at surface to achieve a given volume downhole due to fluid expansion
(Ribeiro, 2013). Many benefits are realized by minimizing the amount of water used in
fracturing: (1) a lower volume of water is to be recovered from the formation after
fracturing; (2) gel damage associated with fracturing is lower; (3) relative hydrocarbon
permeability damage caused by capillary retention or phase trapping of fracturing water
is minimized; (4) permeability damage caused by swelling or migrating clays and fines in
water-sensitive formations is reduced; and (5) severe proppant embedment into fracture
walls caused by rock softening from the exposure of water is alleviated.
Another advantage of energized fluids is enhancing fracturing fluid recovery due
to the inherent energy of the gas component (Gidley et al., 1989). As gas expands
downhole when surface pressure is released for flowback, the solution gas drive aids in
recovering fracturing water or liquid and facilitates well clean-up. When energized fluids
are used, shut-in time after fracturing should be minimized to avoid dissipation or loss of
gas energy. In addition, the high effective viscosity of high quality foams, mentioned
earlier, make proppant transport and suspension in the fractures efficient without
excessive proppant settling. It also provides good fluid leak-off control into the rock
matrix and natural fractures while fracturing.
7

2.3 FIELD APPLICATIONS
In this section, examples of formations in which energized fluids were historically
used are listed along with the main characteristics of treated formations. Abel (1981)
describes the use of pure nitrogen without proppant in the Ohio Shale Formation of the
Devonian Shale in Ohio and West Virginia. The formation is located at shallow depths
(2,000-3,900 ft), under-pressured, and water sensitive with low porosity and matrix
permeability in the ranges of 0.1-4% and 0.1-10 µd, respectively. It is reported that the
production of nitrogen fractured wells outperformed wells stimulated with other
fracturing fluids including water-based nitrogen foams. The success of nitrogen
fracturing in the Ohio Shale Formation is also reported by Freeman et al. (1983) in
addition to the Fort Worth basin in north central Texas where a similar lithology to the
Ohio Shale was encountered. Although nitrogen is mostly used with no proppant due to
its low viscosity, Gottschling et al. (1985) shows that small amounts of proppant can be
utilized in nitrogen fracturing to improve production as applied in the Devonian Shale
wells in West Virginia.
A wide variety of formations had been successfully stimulated with liquid CO2
including depths around 10,000 ft, permeabilities of 0.1-10 md, and formation
temperatures up to 200 deg F. A large number of liquid CO2 treatments were performed
mostly in gas wells in Canadian formations such as Belly River, Glauconite, Viking,
Colony, and Basal Quartz (Gupta et al., 1998). Moreover, the success of liquid CO2 in
the Devonian Shale within the Big Sandy gas field (Eastern Kentucky) is reported by
Mazza (2001) and also in the Lewis Shale in San Juan basin, New Mexico by Campbell
et al. (2000).
Nitrogen and CO2 foams are the most common energized fracturing fluids applied
in the field. Numerous formations where foam treatments produced better results relative
8

to other fracturing fluids are reported, examples of which are: (1) Berea Sandstone and
Devonian Shale in eastern Kentucky and southern West Virginia (Gaydos et al., 1980);
(2) Niobrara Shale and Frontier Sandstone in the Overland Dome field, Wyoming
(Driscoll et al., 1980); (3) Sespe Formation in the Sespe Oil field and Holser and Neuvo
Sands in the Holser Canyon field, California (Norton et al., 1982); (4) Dakota and
Wasatch Formations in the Uinta basin, northeastern Utah and northwestern Colorado
(Goelitz et al., 1982; Harris et al., 1984-a); (5) Red Fork Formation in the Anadarko
basin, western Oklahoma (Harris et al., 1984-b); (6) several Cotton Valley Sands in
Dorcheat Macedonia and Vernon fields and Haynesville Sands in Arkana field, ArkansasLouisiana-Texas region (Warnock et al., 1985); (7) Frio, Queen City, Olmos Trend, and
Bend Conglomerate Formations in Texas (Gabris et al., 1986); (8) Morrow and Tonkawa
Formations in Anadarko basin, northwestern Oklahoma (Toney et al., 1991); and (9)
Canyon Gas Sands in Conger field, Texas (Craft et al., 1992).
Foams have been successfully implemented in a wide range of well and formation
conditions including depths of around 14,000 ft, temperatures up to 370 deg F, and
reservoir pressures up to 13,200 psi in both oil and gas wells. (Warnock et al., 1985;
Harris, 1992). The most commonly reported foam formulation is 70 to 80 quality (70 to
80 percent by volume is nitrogen or CO2) with water-based fluids such as linear or
crosslinked gels as the liquid phase.
From the references above, primary applications of energized fluids have
historically been in tight sands with a permeability of around 0.1 md, low reservoir
pressure, and/or water sensitive clays with some treatments performed in shales.
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2.4 RECENT CASE STUDIES
Recent field applications of energized fluids in multi-stage fractured horizontal
wells are reported by Burke et al. (2011) and Reynolds et al. (2014) in the Montney Gas
Formation, western Canada. Both studies were performed in the dry gas areas of the
formation. The Montney Formation is generally described as having hybrid
characteristics between a shale and a tight gas formation with two main producing
intervals: the Upper Montney (siltstone with interlaminated fine-grained sand) and the
Lower Montney (dolomitic siltstone inter-bedded with thin shale). The Lower Montney
has lower reservoir quality and lower water saturation than the Upper Montney. The
Montney Formation is thought to be water-sensitive and often has very low water
saturation in many areas – i.e. below the normal irreducible water saturation (subirreducible). The sub-irreducible water saturation implies that capillary retention of
water-based fluids can be severe and hence, relative permeability to gas can be
significantly lowered upon an increase of water saturation after fracturing.
Burke et al. (2011) compared the performance of energized vs. non-energized
fracturing fluids in two study areas within the Montney using completion and production
data of 33 wells in total. In the first area, slickwater was compared with both nitrified
slickwater (low quality nitrogen foams) and CO2 foams. A comparison was made
between gelled oil (non-energized) and CO2 foams in the second area. The results of the
analysis indicated an average improvement of 11% and 124% in estimated ultimate
recovery for wells treated with energized fluids compared to non-energized wells in the
first and second study areas, respectively. The incremental recovery was shown to
outweigh the higher costs of using energized fluids.
The comparative study by Reynolds et al. (2014) included a total of 45 wells that
were used to compare the effectiveness of slickwater against foam fracturing treatments.
10

On average per well, foam treatments used 79% less water, placed 32% less proppant,
and had 23% lower total completion costs compared to slickwater jobs. Using rate
transient analysis and production history of the subject wells, it was shown that foam
treatments generated 35% longer effective fracture half-lengths and almost twice the
proppant conductivity of slickwater treated wells. Production performance and the
economics of foams were found to be superior compared to slickwater treatments in this
particular study.
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Chapter 3: Study Overview
3.1 FIELD CASE STUDIES
The current study uses FracKnowledge database to compare the performance of
energized fluids with water-based fluids in multi-stage fractured horizontal wells in
unconventional formations. This database contains reported fracturing data tied to
empirical production data for oil and gas wells in the Western Canadian Sedimentary
Basin (WCSB). It is worth mentioning that the database is not inclusive of all fractured
horizontal wells in western Canada but rather contains a limited well dataset. Well
fracturing data include true vertical depth (TVD), lateral length, number of fracturing
stages, liquid and gas volumes pumped, amount of proppant placed, types of proppant
used, drilling and completion costs, and other pertinent fracturing parameters. The level
of detail in the reported data varies from well to well and also between different areas in
the country. As for well production data, it is usually reported as daily production rates
and cumulative production on a monthly basis.
One main focus of the study was to compare the effectiveness of foam with
slickwater treatments as two main, broad categories. In order to make such comparisons,
all horizontal wells in the database that were fractured with foamed fluids and slickwater
were identified. Under the foamed fluids category, there were several sub-categories as
generically named in the database (Figure 3.1). A total of 1,379 foam treatments was
found in the database with the majority being reported as foamed water (1,174
treatments) and foamed viscoelastic surfactant or VES (156 treatments). The base fluid
for the foamed water sub-category can be linear gel, crosslinked gel, or VES. Figure 3.2
shows the breakdown of foam treatments by formation.
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Figure 3.1: Well count of foam treatments in FracKnowledge database by foam subcategory.
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Figure 3.2: Well count of foam treatments in FracKnowledge database by formation.
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Figure 3.4: Well count of slickwater treatments in FracKnowledge database by formation.
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For slickwater, the total well count in the database was 554 (Figure 3.3) with four
sub-categories: slickwater (270 treatments), nitrified slickwater (177 treatments), hybrid
slickwater (68 treatments), and nitrified hybrid slickwater (39 treatments). The
formations where slickwater treatments were applied are shown in Figure 3.4. Foam and
slickwater treatments in the database for all formations are plotted on a map in Figure
3.5. The aforementioned types of fracturing fluids are termed as commonly used in the
literature. The term ‘nitrified’ usually refers to a low quality nitrogen foam (around 20%),
whereas the term ‘foam’ means a high quality nitrogen or CO2 foam (roughly greater than
50%).
Overall, the number of wells treated with foam was markedly larger than that of
slickwater treatments in the database – 1,379 vs. 554 treatments, respectively. Also, from
Figures 3.2 and 3.4, there was often a preference in several formations for one type of
treatment over the other. Comparing these two figures, performance comparisons
between foam and slickwater treatments could potentially be made in the Montney and
Cardium Formations since they had a fair number of both treatments.
A closer look at the Montney Formation indicated that most of the wells in the
database were located in the dry gas fields in British Columbia side of the formation. The
superior performance of energized fluids in this area had been discussed by Burke et al.
(2011) and Reynolds et al. (2014) as mentioned earlier. On the Alberta side of the
Montney, the formation is often characterized as liquids-rich with varying liquids
content. The available well dataset was small, well locations were scattered over a large
area, and well production history was short in this part of the formation. Therefore, fluid
comparisons in the Montney Formation were excluded from this study.
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Figure 3.5: Map of foam treatments (green) and slickwater treatments (red) for all
formations in FracKnowledge database.
The available data was suitable for analysis in the Cardium Formation. As will be
detailed in Chapter 4, three areas of the Cardium were analyzed in three different fields –
Case Studies A, B, and C. In each case study, the performance of slickwater and foam
treatments was compared in addition to other fracturing fluids that were available in the
database in the respective areas. A final case study is presented in Chapter 5 for the
Bakken Formation in which foam and crosslinked gel treatments were compared (Case
Study D).
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3.2 MODELING
In addition to fracturing fluid comparisons using field data, we made analogous
comparisons with EFRAC-3D which is a fracture modeling software developed by
Ribeiro and Sharma (2012) and Ribeiro (2013). EFRAC-3D is a three dimensional (3D),
planar, compositional, and non-isothermal fracturing simulator. Unlike other simulators
available in the industry, EFRAC-3D is well suited for modeling energized fractures as it
captures the changes in fluid characteristics such as density and temperature throughout
the fracturing treatment. The simulator can also model conventional, water-based fluids
such as gels and slickwater. Besides, the fracturing simulator is connected to a well
productivity model that can be used to evaluate the performance of different fracturing
fluids.
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Chapter 4: Comparative Performance of Energized Fracturing Fluids
in the Cardium Formation
4.1 FORMATION BACKGROUND
The Cardium Formation contains one of the largest oil accumulations in the
WCSB with light oil production since the early 1950s (Pedersen et al., 2013). Figure 4.1
shows the major oil fields producing from the Cardium in western Alberta. The Cardium
Formation has a coarsening upward pattern and is typically described by five distinct
lithofacies, stacked vertically from bottom to top: (1) dark-gray shale and siltstone, (2)
bioturbated, thin and very thin-bedded shale, siltstone, and fine-grained sandstone, (3)
thin and very thin bedded, fine-grained sandstone, siltstone, and black shale, (4) medium
to thick-bedded, very fine and fine-grained sandstone, and (5) conglomerate (Krause et
al., 1987; Solano et al., 2012). The conventional development in the Cardium using
legacy vertical wells have been focused on exploiting the upper thick sandstones and
conglomerates that have high reservoir quality. More recently, multi-stage fractured
horizontal wells have been increasingly utilized in developing the margins, or ‘halo’
regions, of the conventional Cardium fields. The Cardium halo plays are mainly
producing from the tighter intervals with relatively lower permeability and porosity
(Solano et al., 2012).
The Cardium halo has a gross reservoir thickness up to 40 ft with net sand pay
between 10 and 23 ft (Duhault, 2012). Also, porosity ranges roughly between 6 and 15%
and average air permeability is approximately 0.1 md (Lamson et al., 2013). An example
of the lithological and porosity differences between the conventional and the adjacent
halo Cardium zones is illustrated in Figure 4.2. From the Figure, the halo zone has almost
half the net pay of the conventional Cardium play (4 vs. 8.3 meters) with slightly lower
porosity (9 vs. 11%).
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Figure 4.1: Major oil fields of the Cardium Formation in western Alberta province,
Canada (Mageau et al., 2012).

Figure 4.2: A well log cross-section highlighting the differences between the
conventional (right) and halo (left) Cardium plays (Lamson et al., 2013).
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The Cardium is generally known to be a water-sensitive formation (Rassenfoss,
2013) due to the presence of variable amounts of swelling clays such as mixed-layer
smectite and illite across the formation (Duhault, 2012). As a result, a large number of
fracturing treatments had historically been performed in the Cardium using gelled oil
(Lamson et al., 2013; Leshchyshyn et al., 2010). However, the successful implementation
of water-based fracturing fluids in the last few years has encouraged their use in several
areas of the Cardium. The formation has very low initial water saturation, e.g. 14%
(Ghaderi et al., 2011). Also, natural fractures are observed in cores and SEM images
(Krause et al., 1987; Leshchyshyn et al., 2010; Duhault, 2012; Cui et al., 2013).
Figure 4.3 compares the microseismic signatures of slickwater and foamed water
fracturing fluids in two horizontal Cardium wells. Both wells were fractured with the
same number of stages and equal amounts of proppant (Duhault, 2012). From this Figure,
it is evident that the microseismic clouds associated with slickwater were more scattered
and hence, more complex fractures were achieved compared to the predominantly planar
fractures of foamed water. Such observation along with early favorable production results
have motivated several operators in the Cardium to utilize slickwater fractures.
Figure 4.4 highlights the location of the Cardium area in which comparative
assessments of different fracturing fluids were made for this current analysis (Case
Studies A, B, and C). The initial reservoir pressure encountered by the wells in the study
was quite variable depending on previous depletion by offset wells with pressure
gradients roughly in the range of 0.33 to 0.45 psi/ft. The reservoir temperature was
around 141 to 150 deg F.
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Figure 4.3: Microseismic signatures of foam vs. slickwater fractures in offset horizontal
Cardium wells – plan view (Duhault, 2012).

Figure 4.4: Location map of the Cardium Formation study area (blue box) in western
Alberta province, Canada.
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4.2 CASE STUDY A
Case Study A was done in the West Pembina field over a 12 by 14 mile area
(Figure 4.5). A total of 30 wells were used to compare the production performance of
three fracturing fluids (Figure 4.6): nitrified slickwater (16 wells), gelled oil (11 wells),
and nitrogen foam (3 wells). The surface locations of these wells are shown in Figure 4.5
and the average well TVD was around 6,000 ft. For each fluid type, average oil
production rate and cumulative production per well are plotted over a 30 month period in
Figures 4.7 and 4.8, respectively. The average completion parameters for each fluid type
are given in Table 4.1.
As seen in Figures 4.7 and 4.8, the nitrified slickwater group had significantly
higher production than either gelled oil or foam groups. Slickwater had around 30%
higher initial peak production rate than both fluids. The cumulative oil at 30 months of
production was: 70.3 Mbbl for slickwater, 43 Mbbl for gelled oil, and 36 Mbbl for foam.
Slickwater had 63% and 95% higher cumulative oil production compared to gelled oil
and foam, respectively.
The average lateral length and number of fracturing stages per well were quite
similar for the three fluid groups with slickwater having 315 to 466 ft longer lateral and
2.7 to 2.4 more stages than gelled oil and foam (Table 4.1). Slickwater treatments had the
largest liquid and proppant consumption compared to the other treatment types. On
average per well, the foam group used 87% less water than the slickwater group – 2,770
bbl vs. 20,860 bbl, respectively. Also, the foam group placed 631 Mlb of proppant per
well compared to 950 Mlb for slickwater (34% less). On a per stage basis, the foam group
used 85% less water and 24% less proppant compared to the slickwater group. The
average completion costs were 1.51 MM$/well (90 M$/stage) for the foam group
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compared to 1.79 MM$/well (94 M$/stage) for the slickwater group – a reduction of 16%
per well (4% per stage) on average.

Figure 4.5: Surface well locations in Case Study A.

Figure 4.6: Well count by fracturing fluid type in Case Study A.
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Figure 4.7: Average oil production rate per well for each fluid group in Case Study A.

Figure 4.8: Average cumulative oil production per well for each fluid group in Case
Study A.
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Table 4.1: Average completion parameters for each fluid group in Case Study A.
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4.3 CASE STUDY B
This case study was in the West Willesden Green field, covering a larger area of
26 by 30 miles (Figure 4.9). Four types of fracturing fluids were compared using a total
of 55 wells (Figure 4.10): nitrified slickwater (15 wells), nitrified crosslinked gel (19
wells), nitrogen foam (14 wells), and gelled oil (7 wells). The formation was slightly
deeper than the previous area with an average well TVD of 6,480 ft. The surface well
locations are shown in Figure 4.9. The average oil production and total production per
well over a two year period are plotted in Figures 4.11 and 4.12, respectively, for each
fracturing fluid group. Table 4.2 summarizes the average completion data for each fluid
type.
The foam and gelled oil groups had substantially higher initial production rates
and slightly higher long term production rates compared to the slickwater and crosslinked
gel groups. Initial peak production rate for the foam group was higher by 19%, 110%,
and 181% than gelled oil, slickwater, and crosslinked gel, respectively (Figure 4.11). In
terms of total oil production at 20 months, foam produced the highest of 39.8 Mbbl,
followed by gelled oil (32.4 Mbbl), slickwater (26.3 Mbbl), and crosslinked gel (22.6
Mbbl; Figure 4.12). The foam group, on average at 20 months, produced 23% more oil
than gelled oil, 51% more than slickwater, and 76% more than crosslinked gel.
The average lateral length and stage count were comparable between the different
fluid groups with the gelled oil group having the shortest lateral and lowest number of
stages (Table 4.2). Several observations and comparisons can be withdrawn from the
average completion values in Table 4.2. For example, the foam group used 3,024 bbl of
water and 461 Mlb of proppant compared to 13,821 bbl and 747 Mlb for nitrified
slickwater on average per well, corresponding to 78% lower water usage and 38% lower
proppant consumption. Also, the average completion costs per well for the foam group
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were 20% less than the slickwater costs (1.63 vs. 2.05 MM$/well). On a per stage basis,
the foam group used 76% less water, placed 30% less proppant, and had 18% lower
completion costs compared to the slickwater group.

Figure 4.9: Surface well locations in Case Study B.

Figure 4.10: Well count by fracturing fluid type in Case Study B.
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Figure 4.11: Average oil production rate per well for each fluid group in Case Study B.

Figure 4.12: Average cumulative oil production per well for each fluid group in Case
Study B.
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Table 4.2: Average completion parameters for each fluid group in Case Study B.
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4.4 CASE STUDY C
Case Study C was performed in the Buck Lake-Wilson Creek fields. The study
area was 10 by 12 miles and the surface well locations are shown in Figure 4.13. The
formation in this area had shallower depth than the previous case studies with an average
well TVD of 5,420 ft. As given in Figure 4.14, 16 wells were used to compare the
production performance of nitrified slickwater (4 wells) and foam (12 wells). The
average oil rate and cumulative production per well for both fluid groups are given in
Figures 4.15 and 4.16, respectively. The average completion parameters are summarized
in Table 4.3.
Both fluid groups had a similar initial production profile but the foam group had
slightly higher long term production compared to the slickwater group (Figures 4.15 and
4.16). The difference in production performance between the two fluids was not as
significant as in the previous areas. At 26 months, the average total oil production for
foam was 30 Mbbl compared to 25.8 Mbbl for slickwater – 16.2% higher production.
From Table 4.3, the average number of stages per well was almost the same for both
fluids with about 7.5% longer lateral on average per well for foam vs. slickwater. The
foam group used 72% less water with 7% less proppant and 5% lower completion costs
compared to the slickwater group on average per well.
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Figure 4.13: Surface well locations in Case Study C.

Figure 4.14: Well count by fracturing fluid type in Case Study C.
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Figure 4.15: Average oil production rate per well for each fluid group in Case Study C.

Figure 4.16: Average cumulative oil production per well for each fluid group in Case
Study C.
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Table 4.3: Average completion parameters for each fluid group in Case Study C.
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4.5 EFRAC-3D SIMULATION
In this section, the performance of fracturing fluids in the Cardium Formation was
evaluated using EFRAC-3D simulations. We focused our modeling on foam and nitrified
slickwater since these fluids have been more commonly applied in the formation in recent
years compared to other fracturing fluids. Specifically, we compared the performance of
65% quality nitrogen foam and 20% quality nitrified slickwater. Available formation
properties in the literature along with the field data presented earlier were synthesized to
perform the simulation runs. Reservoir and bounding shale properties used in the
simulation are listed in Tables 4.4 and 4.5, respectively. We used the mechanical
properties (Young’s moduli and Poisson’s ratios) and minimum horizontal stress
gradients reported by Haug et al. (2007). The reservoir stress gradient, however, was
taken to be higher than the reported value (0.72 vs. 0.62 psi/ft) since the reported value is
for highly depleted zones that are expected to have markedly less stress gradient.
Pumping schedules are given in Tables 4.6 and 4.7 for foam and nitrified
slickwater, respectively. The pumping stages were constructed in such a way as to
approximately match the average amounts of water and proppant usage per stage reported
for the field data in Case Study B. Also, the injection rates were actual field averages for
Case Study B that were not included in Table 4.2. Relative permeability curves reported
by Ghaderi et al. (2011) with our fit superimposed are depicted in Figure 4.17.
The main diagnostic plots from the simulation results are shown in Figures 4.18
through 4.20 for the two fluids of interest. Our model predicted more fracture height
growth for foam and a longer fracture for nitrified slickwater (Figure 4.18). Also, a wider
fracture was created with foam compared to nitrified slickwater. From the proppant
distribution in Figure 4.19, the propped fracture length of nitrified slickwater was twice
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that of foam. The water saturation retained in the invaded zone after flowback was about
71% higher for nitrified slickwater than foam (Figure 4.20).
Key well productivity parameters for each fracturing fluid type are summarized in
Table 4.8. With higher water saturation in the invaded zone, the relative permeability to
oil was 0.12 using nitrified slickwater compared to 0.29 using foam. Overall, the well
productivity increase upon fracturing was 53% higher for nitrified slickwater than foam
(2.9 vs. 1.9).
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Table 4.4: Reservoir properties for the Cardium EFRAC-3D simulation.

Table 4.5: Layer properties for the Cardium EFRAC-3D simulation.
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Table 4.6: Foam pumping schedule for the Cardium EFRAC-3D simulation.

Table 4.7: Nitrified slickwater pumping schedule for the Cardium EFRAC-3D simulation.
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Table 4.8: Well productivity predicted by EFRAC-3D for the Cardium Formation using
foam and nitrified slickwater.
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Figure 4.17: Relative permeability data for the Cardium Formation (Ghaderi et al., 2011).
The fitted curve in red was used as an input for EFRAC-3D simulation.
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(a)

(b)
Figure 4.18: Fracture geometry predicted by EFRAC-3D for the Cardium Formation
using (a) foam and (b) nitrified slickwater.
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(a)

(b)
Figure 4.19: Volumetric proppant concentration predicted by EFRAC-3D for the Cardium
Formation using (a) foam and (b) nitrified slickwater.
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(a)

(b)
Figure 4.20: Water saturation in the invaded zone after flowback predicted by EFRAC3D for the Cardium Formation using (a) foam and (b) nitrified slickwater.
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4.6 DISCUSSION
The Cardium field data presented in Sections 4.2 through 4.4 revealed variable
production performance of different fracturing fluids between the study areas. We
observed, using a limited dataset, a higher performance for nitrified slickwater in the
West Pembina field but a higher performance for foam in the West Willesden Green field
and slightly higher production from foam-fraced wells in the Buck Lake-Wilson Creek
fields. In the West Pembina field, the relative performance of fracturing fluids was
similar to the results obtained by Lamson et al. (2013). In this particular area of the
Cardium, the formation rock contains less than 1% swelling clays (Lamson et al., 2013)
and hence, it is not very sensitive to fresh water. For the other Cardium areas in this
study, no mineralogy data were available in the literature. However, based on our
production comparisons, the content of water sensitive clays in those areas might be more
significant (Pedersen, 2014).
Of note, there was a consistent trend of lower completion costs in using foam
relative to nitrified slickwater in all the areas studied in the Cardium. On average per
well, foam completion costs were lower by 16, 20, and 5% than slickwater in Case
Studies A, B, and C, respectively. Additionally, the use of foam was associated with
saving resources such as reducing water consumption in the range of 72 to 87% and
proppant requirements in the range of 7 to 38% between the areas.
On the simulation side, nitrified slickwater outperformed foam – subject to our
input values discussed in Section 4.5. Simulation results showed better fracture
containment within the thin Cardium zone when using nitrified slickwater. Such
containment is consistent with field microseismic observations shown in Figure 4.21.
Although the oil relative permeability, post-flowback, was lower for nitrified slickwater
due to the higher water saturation in the invaded zone, it had a longer propped fracture
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and a higher fracture conductivity compared to foam. This resulted in a better production
performance for the nitrified slickwater. Essentially, our simulation indicated that
nitrified slickwater was a more efficient fluid for fracture placement in the thin Cardium
Formation. The more viscous foam fluid lead to height and width growth and, therefore,
less effective fractures.
We used a reservoir pressure of 2,100 psi (0.33 psi/ft gradient) in our simulation.
However, in many Cardium wells, the reservoir can be depleted with a significantly
lower pressure. In such cases, foam might be better suited because water recovery after
fracturing is harder and relative permeability to oil in the invaded zone can be markedly
lower when large water volumes are used in slickwater treatments. Also, in depleted
zones, the stress contrast between the reservoir and bounding shales is expected to be
significantly improved. For example, the value of the minimum horizontal stress gradient
reported by Haug et al. (2007) was 0.62 psi/ft in the Cardium interval for highly depleted
zones. The stress contrast using this value is 0.2 psi/ft while the one used in our
simulation was 0.1 psi/ft. With higher stress contrast, foam becomes also more contained
around the reservoir interval and offers additional benefits such as more efficient fluid
recovery and lower permeability damage in water sensitive areas.
Moreover, we used a simplified model description for simulating fracture
performance in the Cardium Formation with available data. Our simulation did not
account for the following: (1) reservoir heterogeneity, (2) variations in reservoir
properties between wells and different areas of the formation, (3) differences in formation
sensitivity to water due to variations in mineralogy between the areas, and (4) the impact
of solution gas drive and variations in Gas to Oil Ratio (GOR) of reservoir oil on fluid
recovery. Field experience by Lamson et al. (2013) suggests that the reservoir GOR has a
key impact on fluid recovery. The aforementioned limitations are potential reasons for
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the variable production performance of fracturing fluids in the field data given in Case
Studies A, B, and C and the discrepancy between our simulation predictions with field
results.

Figure 4.21: Microseismic signatures of foam vs. slickwater fractures in offset horizontal
Cardium wells – side view (Duhault, 2012).
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Chapter 5: Performance of Energized Fracturing Fluids in the Bakken
Formation
5.1 FORMATION BACKGROUND
The Bakken Formation straddles the US-Canada border within the Williston
Basin, spanning North Dakota, South Dakota, and Montana in the US and Saskatchewan
and Manitoba provinces in Canada (Figure 5.1; Griffin et al., 2013). The formation is
composed of three units: the upper shale, middle sandstone, and lower shale members.
The middle sandstone member is the oil producing zone, characterized as very fine to
fine-grained dolomitic siltstone and sandstone (Hlidek et al., 2011). Horizontal wells with
multi-stage fractures have revitalized oil production from the Bakken Formation in
Canada mainly since 2006 (Hlidek et al., 2011). The focus of the following case study is
on the Canadian Bakken located in the Viewfield area, south-east Saskatchewan province
(Figure 5.2).
In the Viewfield area, the Bakken Formation is generally shallower and has lower
reservoir pressure and temperature compared to its US counterpart (Hlidek et al., 2011;
Aguilera, 2014). The formation is encountered at depths around 5,250 ft with initial
reservoir pressure of roughly 2,300 psi and reservoir temperature of 150 deg F. Also, the
average reservoir gross thickness is 16 to 98 ft, porosity is between 5 and 12%, and
matrix permeability is 0.01 to 0.5 md (Hlidek et al., 2011). Average water saturation is
relatively high around 50%. Fracture treatments in the area are typically pumped at low
rates to avoid excessive fracture height growth and prevent/minimize water production
from the overlying Lodgepole water aquifer (Hlidek et al., 2011).

46

Figure 5.1: Location map of the Bakken Formation in the Williston Basin (Griffin et al.,
2013).

Figure 5.2: Location map of the Bakken Formation case study (blue box) in the Viewfield
area, south-east Saskatchewan province, Canada.
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5.2 CASE STUDY D
As mentioned earlier, Case Study D was done in the Viewfield area, south-east
Saskatchewan province. The study area was 26 by 41 miles and the surface well locations
are shown in Figure 5.3. Production comparisons were performed between 94 wells
treated with crosslinked gel and 39 wells treated with foamed viscoelastic surfactant or
VES (Figure 5.4).
On average per well, oil production rate and cumulative production are depicted
in Figures 5.5 and 5.6 for both fluid groups over a production period of five years. The
crosslinked gel group had a higher initial peak rate at 139 bpd compared to 84 bpd for the
foam group (65% higher). However, the crosslinked gel group declined faster with the
foam group having higher production rate past the first seven months (Figure 5.5). At
month 60, the foam group produced an incremental total oil of 9.2 Mbbl (+15.8%)
compared to the crosslinked gel group on average per well (Figure 5.6). The average
completion parameters for each fluid group are listed in Table 5.1. The average stage
count for both fluids were almost identical but the foam group had 423 ft/well longer
lateral (+11%) and used 39 Mlb/well more proppant (+26%) on average than the
crosslinked gel group. Fluid volumes and completion costs were not available for this
case study.
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Figure 5.3: Surface well locations in Case Study D.

Figure 5.4: Well count by fracturing fluid type in Case Study D.
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Figure 5.5: Average oil production rate per well for each fluid group in Case Study D.

Figure 5.6: Average cumulative oil production per well for each fluid group in Case
Study D.
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Table 5.1: Average completion parameters for each fluid group in Case Study D.
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5.3 EFRAC-3D SIMULATION
EFRAC-3D simulation runs were made to compare the performance of 70%
quality nitrogen foam with crosslinked gel in the Bakken Formation. We synthesized
input data mostly from the literature to perform the simulation. Reservoir and layer
properties are listed in Tables 5.2 and 5.3, respectively. Four layers were defined: the
lower shale, Bakken reservoir, upper shale, and overlying Lodgepole water aquifer (Table
5.3). We used the relative permeability curves from Chen et al. (2012) as depicted in
Figure 5.7. The mechanical properties of the layers were interpreted from a well log
reported by Hlidek et al. (2011; Figure 5.8). The thickness and minimum horizontal stress
of the layers were estimated from Hassen et al. (2012). The stress profile shown in Figure
5.9 was used to calculate layer stress gradients. We used the same formation depth as the
average well TVD reported in our field data (5,250 ft). The pumping schedule was also
interpreted from Hassen et al. (2012) as it is representative of field practices in the study
area (Table 5.4). This schedule was used for simulating both foam and crosslinked gel.
Simulation results are shown in Figures 5.10 through 5.12 with key well
productivity parameters in Table 5.5 for both fluids. From fracture geometry in Figure
5.10, a wider and slightly longer fracture was created using crosslinked gel compared to
that of foam. Both fractures were contained within the reservoir. Foam, however, had a
50% longer propped fracture than crosslinked gel (Figure 5.11). After flowback, the
water saturation in the invaded zone was at the residual value of 0.40 using foam while
for crosslinked gel, the water saturation was slightly higher at a value of 0.46 (Figure
5.12). The corresponding relative permeability to oil in the invaded zone was almost
twice for foam compared to crosslinked gel. Overall, well productivity increase upon
fracturing was 44% higher for foam than crosslinked gel (2.6 vs. 1.8).
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Table 5.2: Reservoir properties for the Bakken EFRAC-3D simulation.

Table 5.3: Layer properties for the Bakken EFRAC-3D simulation.

53

Table 5.4: Pumping schedule for the Bakken EFRAC-3D simulation.

Table 5.5: Well productivity predicted by EFRAC-3D for the Bakken Formation using
foam and crosslinked gel.
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Figure 5.7: Relative permeability data for the Bakken Formation (Chen et al., 2012). The
fitted curve in black was used as an input for EFRAC-3D simulation.
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Figure 5.8: Well log for the Bakken Formation (Hlidek et al., 2011). Young’s modulus
and Poisson’s ratio for the different layers were estimated from this log and
used in EFRAC-3D simulation.
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Figure 5.9: Stress profile for the Bakken Formation (Hassen et al., 2012). Minimum
horizontal stress gradients for the different layers were interpreted from this
stress profile and used in EFRAC-3D simulation.
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(a)

(b)
Figure 5.10: Fracture geometry predicted by EFRAC-3D for the Bakken Formation using
(a) foam and (b) crosslinked gel.
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(a)

(b)
Figure 5.11: Volumetric proppant concentration predicted by EFRAC-3D for the Bakken
Formation using (a) foam and (b) crosslinked gel.
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(a)

(b)
Figure 5.12: Water saturation in the invaded zone after flowback predicted by EFRAC3D for the Bakken Formation using (a) foam and (b) crosslinked gel.
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5.4 DISCUSSION
The Bakken field data in Case Study D showed that crosslinked gels had, on
average, a 65% higher initial peak production than foam while our simulation results
indicated that foam should have had a 44% higher well productivity increase than
crosslinked gel after fracturing. The field data also showed a better long-term production
for foam compared to crosslinked gel.
In simulating the Bakken fractures, we used a reservoir pressure of 2,300 psi – an
example value by Clarkson et al. (2011). Other authors such as Alvarez et al. (2013)
reported a lower pressure of 1,300 psi. With lower reservoir pressure, foam is expected to
show even a better performance than crosslinked gel.
In addition, our simulation indicated highly contained fractures for both foam and
crosslinked gel using a stress contrast of 0.26 psi/ft between the reservoir and bounding
shales. However, field experience, e.g. by Hassen et al. (2012), suggests that fracture
growth out of zone and into the overlying water aquifer is relatively common in the
Viewfield area of the Bakken Formation. Fracture break-out into the water aquifer can be
related to formation properties such as a thin upper shale interval or close proximity of
the water aquifer to the upper shale and/or operational conditions such as a high pumping
rate or high viscosity fracturing fluid. Water production, when a fracture breaks out of
zone, introduces a complicating factor that was not accounted for in our simulation as
relative permeability to oil would be reduced upon production. Nonetheless, fracturing
with a low viscosity foam (compared to crosslinked gel) minimizes fracture height
growth and subsequently the chance of fracture break-out.
The reason why the field data in Case Study D showed a higher initial peak
production rate for crosslinked gel compared to foam is unclear. It is possible that the
data might have been masked by formation heterogeneity, fracture complexity and
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variations in operational parameters, reflecting the effects of variables other than just the
type of fracturing fluid.
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Chapter 6: Conclusions
Recent statistics suggest that energized fracturing fluids may be underutilized in
the U.S. In 2011/2012, energized fluids accounted for only 2-3% of reported treatments
in the U.S. compared to a considerably higher share of 42-46% in western Canada.
Published field case studies that evaluate the effectiveness of energized fluids are very
limited. Recently, comparative assessments were performed by Burke et al. (2011) and
Reynolds et al. (2014) in the Montney Gas Formation in the Western Canadian
Sedimentary Basin (WCSB). The results of the analysis by Burke et al. (2011) indicated
an average improvement of 11% and 124% in estimated ultimate recovery for wells
treated with energized fluids compared to non-energized wells in two different areas of
the formation. The comparative study by Reynolds et al. (2014) concluded that
production performance and the economics of foams were superior compared to
slickwater treatments in the Montney.
In line with their efforts, we made an attempt in this thesis to conduct case studies
that compare production performance of energized fluids with water-based fluids in
different formations using field data and modeling work. Utilizing available production
and completion data in FracKnowledge database, we made fluid comparisons in several
areas within the WCSB for the Cardium and Bakken Light Oil Formations. Wells were
chosen that were drilled into the same formation with frac treatments that were similar in
every way except for the frac fluid used. Supplemental to field data, EFRAC-3D
simulation was employed to make parallel fluid comparisons in the same formations
using synthesized input parameters from the literature and field data.
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In the Cardium Formation, the performance of nitrified slickwater and foam was
compared in three different areas. Using data for the average production per well for each
fluid group, we observed the following:
1. In the West Pembina field, nitrified slickwater had a 28% higher initial peak
production rate and 95% higher long term cumulative production than foam.
2. In the West Willesden Green field, foam had a 110% higher initial peak
production rate and 51% higher long term cumulative production than nitrified
slickwater.
3. In the Buck Lake-Wilson Creek fields, both fluids had similar initial
production profiles but foam had a 16.2% higher long term cumulative
production than nitrified slickwater.
These observations show that the performance of fracturing fluids was quite variable
between the areas. The formation rock in the West Pembina field contains less than 1% of
water sensitive clays. While no mineralogy data were available, the formation in the other
fields is likely to be more sensitive to water based on the higher performance of foam
relative to slickwater. In all areas studied, foam completion costs were lower on average
by 5 to 20% than slickwater. Also, water and proppant requirements for foam were lower
by 72 to 87% and 7 to 38%, respectively, on average in all areas.
Our Cardium simulation indicated a 53% higher well productivity increase upon
fracturing with nitrified slickwater compared to foam. Although oil relative permeability
post-flowback was lower for nitrified slickwater due to the higher water saturation in the
invaded zone, nitrified slickwater had twice the propped fracture length and conductivity
of foam. The higher simulated performance of nitrified slickwater was largely due to the
better fracture containment within the Cardium reservoir interval, which is consistent
with field microseismic observations. However, in depleted Cardium wells, foam is likely
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to outperform nitrified slickwater. Foam fracture containment within the reservoir zone
improves with higher stress contrast between the reservoir and bounding shales in the
case of low reservoir pressure with foam having more efficient fluid recovery and lower
permeability/relative permeability damage in water sensitive areas.
Production performance of crosslinked gel and foam was compared in the Bakken
Formation. Field data showed an average of 65% higher initial peak rate for crosslinked
gel but foam had 15.8% higher long term cumulative production. On the simulation side,
foam fractures were predicted to have 44% higher well productivity increase than
crosslinked gel fractures. Foam had 50% longer propped fracture, 73% higher fracture
conductivity, and twice the relative permeability to oil in the invaded zone compared to
crosslinked gel. With lower reservoir pressure than the simulated value, foam is expected
to have even higher production performance. It is not clear precisely why these
simulation results are not consistent with the field production data, although there can be
several possible reasons.
In our EFRAC-3D simulations, some factors were not accounted for such as
formation heterogeneity, fracture complexity, the effect of solution gas drive and
associated water production, and the interaction between induced and natural fractures.
Also, our modeling work was based on generic data for the field and not specifically
collected for the wells being simulated. For more accurate comparisons, we recommend
performing simulations with detailed well-specific data that properly account for
reservoir heterogeneity and the resulting fracture complexity.
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