
 

 

 

 

 

 

 

 

 

Copyright 

by 

Viren Kumar 

2006 

 



 

 
The dissertation committee for Viren Kumar certifies that this is the 

approved version of the following dissertation: 

 

Chemical Stimulation of Gas Condensate Reservoirs: An 

Experimental and Simulation Study 

 

 

 

 

 
 
Committee: 
 

Gary A. Pope, Supervisor 

Mukul M. Sharma, Supervisor 

Kamy Sepehrnoori 

William R. Rossen 

Keith Johnston 



 

 

Chemical Stimulation of Gas Condensate Reservoirs: An 

Experimental and Simulation Study 

 

 

 

by 

Viren Kumar, B.S.ChE; M.S.ChE   

 

 

Dissertation 

Presented to the Faculty of the Graduate School of  

The University of Texas at Austin 

in Partial Fulfillment  

of the Requirements 

for the Degree of  

 

Doctoral of Philosophy  

 

 

The University of Texas at Austin 

May 2006 



 

 Dedication 

 

To my father for his effort and guidance. 

 



v 

Acknowledgements 

 I would like to thank my supervising professors, Dr. Gary A. Pope and 

Dr. Mukul M. Sharma for their guidance throughout my graduate program. 

Working under their supervision was a great learning experience and further it 

strengthened my ability towards realistic technical problems. I would thank my 

committee members Dr. Kamy Sephernoori, Dr. William R. Rossen and Dr. Keith 

Johnston for putting time and effort in my research.  

 I would like to thank Tony Bermudez, Bruce Rouse, Glen Baum and Bob 

Saviki for their immense effort and time with the experimental setup and 

experiments. It would have been an impossible task for me without their support.  

I would like to thank Esther Barrientes for her effort in purchasing and 

ordering of the equipments and instrumentation for the laboratory work. I would 

like to thank Joanna L. Castillo for her support on different computer packages 

and with literature formatting for different publications. 

I would extend my thanks to the industrial sponsors of this research 

project - Chevron, ConocoPhilips, JNOC, Petrobras, PDO Oman, Shell, and Saudi 

Aramco. Thanks to CMG Ltd, whose GEM simulator was very instrumental in 

getting some of the useful results obtained in this project.  

Special thanks go to 3M Company for providing insights into chemistry. I 

would like to thank Jimmie Baran with 3M for his time and effort in this research 

and for his guidance. I also thank Padmakar Ayyalasomayajula and Jairam 



vi 

Kamath with Chevron for providing field data and useful suggestions on various 

aspects of this research. 

Special thanks go to members of the gas-condensate group namely Vishal 

Bang, Hunter Graves, Jitendra Mohan and Nitin Chowdhury.  

I would like to thank all the professors who taught me in and helped me in 

gaining a very strong technical base for knowledge. I am proud to be a graduate 

from The University of Texas at Austin. 

Viren Kumar 

May 2006 

   



vii 

Chemical Stimulation of Gas Condensate Reservoirs: An 
Experimental and Simulation Study 

Publication No._______________ 

 

 

Viren Kumar, PhD. 

The University of Texas at Austin, 2006 

 

Supervisors:  Gary A. Pope and Mukul M. Sharma 

 

Well productivity in gas condensate reservoirs is reduced by condensate 

banking when the bottom hole flowing pressure drops below the dewpoint 

pressure. Several methods have been proposed to restore gas production rates 

after a decline due to condensate blocking. Gas injection, hydraulic fracturing, 

horizontal wells and methanol injection have been tried with limited success. 

These methods of well stimulation either offer only temporary productivity 

restoration or are applicable only in some situations.  Wettability alteration of the 

rock in the near well bore region is an economic and efficient method for the 

enhancement of gas-well deliverability. Altering the wettability of porous media 

from strongly water-wet or oil-wet to intermediate-wet decreases the residual 

liquid saturations and results in an increase in the relative permeability to gas. 

Such treatments also increase the mobility and recovery of condensate from the 
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reservoir.  This study validates the above hypothesis and provides a simple and 

cost-efficient solution to the condensate blocking problem. 

 Screening studies were carried out to identify the chemicals based on 

structure, solubility and reactivity at reservoir temperature and pressure. 

Experiments were performed to evaluate these chemicals to improve gas and 

condensate relative permeabilities. The improvement in relative permeability after 

chemical treatment was quantified by performing high pressure and high 

temperature coreflood experiments in Berea sandstone, Texas Cream limestone 

and reservoir cores using synthetic gas mixtures at reservoir conditions. 

Experiments were done at high flow rates and for long time periods to evaluate 

the durability of the treatment.  

Single well simulation studies were conducted to demonstrate the 

performance of the chemical treatment in the field. The experimental relative 

permeability data was modeled using a trapping number dependent relative 

permeability model and incorporated in the simulations. Effect of connate water 

saturation, drawdown pressure, skin, treatment radius and the timing of the 

treatment during the life of the reservoir were investigated using a compositional 

simulator.  

Spectroscopic studies using a scanning electron microscope, neutron 

magnetic resonance and time of flight-secondary ion mass spectroscopy were 

used to determine the structural and reactive chemistry of the chemicals used and 

to evaluate the extent of treatment on the rock surface. The study allows us to 
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postulate and partly verify a detailed mechanism of interaction between the rock 

surface and the chemical.  
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Chapter 1:  Introduction 

1.1 INTRODUCTION 

The most immediate problems facing the planet are recognized 

internationally as being dominated by the four Es: Energy, Economics, 

Environment and Education (Simon 1995). A cheap and effective supply of 

energy is essential for world development and sustenance. Global energy use has 

evolved over the last 50 years from a coal base through oil to being dominated 

today by natural gas in the next 20 years. It is debatable when the switch in 

emphasis from oil to gas will take place, but most commentators now suggest that 

the age of natural gas has arrived (Holditch 2001). At present, natural gas 

provides approximately a quarter (25%) of the world's energy and its share is 

increasing significantly. Natural gas has also become the most desirable source of 

energy from the standpoint of global environmental problems as it is the cleanest 

of all the fossil fuels, is abundant and relatively cheap, providing stability of 

supply. Proven global reserves are sufficient for a 60 year supply (BP 2005).  A 

rapid increase in worldwide demand of natural gas has resulted in significant 

growth of international gas trade and encouraged long-term contracts for its sales. 

Total global growth in demand for gas is expected to average 3.2% over the 

coming decade and is projected to double by 2025. The exploration and reservoir 

engineering challenges are to find and produce three times more gas over the next 

20 years than the industry has found in cumulative total since 1970. Current 
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estimates suggest that 50% of conventional gas resources have been discovered to 

date (Odedra 2005).   

Many of the largest natural gas reservoirs (35-55%) have reservoir 

conditions, which result in retrograde condensation due to pressure decreases 

during the production of gas. During depletion of these gas condensate reservoirs 

as the pressure drops below the dew point pressure of the reservoir fluid, liquid 

drops out of the gas phase and forms a condensate bank near the well bore 

reducing the gas productivity significantly. The condensate continues to 

accumulate occupying portions of the pore space that otherwise would be 

available for gas flow, and thus impeding the gas flow. Once the condensate 

saturation exceeds the residual saturation, the condensate continuously forms and 

flows towards the wellbore. 

Several methods have been proposed to restore production from gas 

condensate reservoirs after condensate build up. Gas cycling/gas injection, WAG 

(water alternating gas) methods are used to maintain the reservoir pressure above 

the dewpoint pressure. Thermal stimulation methods such as hot gas injection are 

being investigated for near well bore applications. Other methods such as 

hydraulic fracturing and horizontal wells provide large contact area and require 

lower drawdown pressures for the same production rates. Solvent treatment 

methods also increase the productivity. Ultrasonic frequency to reduce condensate 

banking is also being investigated. All these methods have limitations (technical 

or economical) and are effective for short periods of time.  
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A new method for stimulating gas condensate wells is changing the rock 

wettability in the near well-bore region by chemical stimulation. Li and 

Firoozabadi, (2000) were the first to study the alteration of rock wettability with 

the idea this would increase the productivity of gas condensate wells. They 

measured the effect of chemical treatment of Berea sandstone on the imbibition of 

water and oil at room temperature. Tang and Firoozabadi (2002) measured the 

effect of chemical treatment on the water and oil relative permeability of Berea 

sandstone. Both of these studies used polymeric surfactants in water as the 

treatment solution. They did not use gas-condensate fluids at reservoir conditions.  

Fahes and Firoozabadi, (2005) measured a strong reversal of wetting in a gas-

water-rock system at 284 °F, but the treatment was less successful in a 

gas-oil-reservoir-rock system.  All of these studies were done at low pressure and 

none of them used gas-condensate fluids.  

 

1.2 RESEARCH OBJECTIVES 

 The objective of this research is to evaluate the feasibility of 

increasing the gas and condensate relative permeability through the use of 

surfactants by eliminating or minimizing the detrimental impact of condensate 

accumulation. The specific objectives can be summarized as follows: 

•  Identify and screen suitable chemical agents that are capable of 

altering the wettability to neutral wet or intermediate-gas wet, and 

thus improve the gas and condensate relative permeability.  
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• Perform coreflood experiments with synthetic gas condensate 

mixtures on outcrop rocks as well as on reservoir rocks to study 

the effect of wettability alteration on gas and condensate relative 

permeability.  

• To understand how the surfactant molecule attaches or bonds itself 

to the mineral surface, and to optimize the interaction.  

• Conduct single well simulations studies to investigate the 

performance prediction of chemical treatment in the field. 

1.3 REVIEW OF CHAPTERS 

The dissertation is organized into 9 chapters. Chapter 2 critically reviews 

past studies related to productivity decline in gas condensate reservoirs, 

experimental studies performed to measure gas and condensate relative 

permeabilities in the laboratory, treatments proposed to remove condensate 

blockage, and studies simulating the performance of gas condensate wells. The 

chapter summarizes past chemical treatments proposed in mitigating the 

condensate problem. 

Chapter 3 describes the experimental apparatus and procedure used for 

conducting the coreflood studies. The chapter describes the high pressure-high 

temperature apparatus used for the experiments followed by a description of the 

experimental setup, and the procedures for preparation of the gas mixture and 

surfactant solution. 

Chapter 4 presents results of coreflood studies for gas condensate 

hydrocarbon mixtures before chemical treatment on Berea sandstone and Texas 
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Cream limestone. First the experimental study on the effect of capillary number 

and PVT properties on relative permeability in gas condensate systems is 

presented. Later section presents modeling capillary number and PVT parameters 

in the relative permeability model and comparing experimental data.  

Chapter 5 presents results of coreflood studies for gas condensate 

hydrocarbon mixtures after chemical treatment on Berea sandstone. The chapter 

presents the effect of different fluoro-surfactant treatments at reservoir conditions 

on gas and condensate relative permeabilities. 

In Chapter 6, the chemistry of the surfactants used in the coreflood is 

discussed. The structure, mechanism of reaction, solubility of the surfactant in 

various solvents and spectroscopic studies are presented in detail.  

Chapter 7 presents results of coreflood studies for different gas 

condensate hydrocarbon mixtures before and after chemical treatment on various 

reservoir rocks. Both experimental modeling results showing the effect of 

capillary number and PVT properties on relative permeability in gas condensate 

systems are presented. 

Chapter 8 presents results of the compositional simulation study of gas 

condensate well using single well modeling. The chapter investigates effect of 

treatment radius, treatment time, initial water saturation and drawdown pressure 

on performance of chemical treatment.  

Chapter 9 summarizes the research objectives and presents main 

conclusions of this study.  
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Chapter 2: Literature Survey 

2.1 INTRODUCTION 

During gas production from gas condensate reservoirs, significant 

productivity loss occurs after the bottom hole pressure near production wells 

drops below the dew point of the hydrocarbon fluid.  This chapter summarizes 

various factors governing the loss of productivity due to condensate blocking, 

methods to prevent and treat the damage caused by condensate blocks, 

experimental procedures followed to study the phenomenon of condensate 

accumulation during laboratory tests using reservoir cores, performance 

predictions of gas condensate reservoirs using appropriate modeling, and phase 

behavior studies of gas condensate fluids. Several methods have been proposed to 

restore gas production rates after a decline owing to condensate and/or water 

blocking.  The main objective of such treatments is to decrease the hydrocarbon 

liquid or water saturations near the well to increase gas productivity. 

 

2.2 GAS CONDENSATE RESERVOIRS 

In gas condensate reservoirs, when the bottom hole pressure in flowing 

wells falls below the dew point pressure of the fluid, a liquid hydrocarbon phase 

called condensate is formed.  The condensed liquid is trapped by capillary forces 

or is retained in the rock as a result of low liquid permeability.  Condensate 

formation results in the build up of a liquid phase around the wellbore; leading to 
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a decrease in the effective permeability to gas. The liquid continues to 

accumulate, occupying portions of the pore space that otherwise would be 

available for gas flow, thus impeding gas flow, until a residual liquid saturation is 

reached. Once the residual condensate saturation is exceeded, both the condensate 

and gas flow towards the wellbore. Condensate continues to form and accumulate 

until steady-state saturation is reached that is higher than the critical condensate 

saturation. This phenomenon is called "condensate banking." Condensate banking 

can reduce the well productivity significantly (by 50-80%), in many instances by 

a factor of 2 to 4 (Ayyalasomayajula et al., 2005). For example, well productivity 

in the Arun field, in North Sumatra, Indonesia, declined significantly about 10 

years after production began. Well studies, including pressure transient testing, 

indicated the loss was caused by accumulation of condensate near the wellbore 

(Afidick et al., 1994). Experimental PVT analysis of the reservoir fluid showed 

that the reservoir fluid was a lean gas condensate with maximum liquid dropout of 

1.1%. The decline in the productivity of the wells by a factor of around 2 as the 

reservoir pressure fell below the dew point pressure was attributed to 

accumulation of condensate around the wellbore. Even for lean gas (1% liquid 

dropout), significant liquid saturations can build up near the wells.  

Arun is one of several giant gas-condensate reservoirs that together 

contain a significant global resource. Other large gas-condensate resources 

include Shtokmanovskoye field in the Russian Barents Sea, Karachaganak field in 

Kazakhstan, the North field in Qatar that becomes the South Pars field in Iran, and 

the Cupiagua field in Colombia. Large productivity losses have been reported for 
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wells in gas-condensate fields. Exxon, now ExxonMobil, reported two wells that 

died due to condensate blockage (Barnum et al., 1995).  Shell and Petroleum 

Development Oman reported a 67% productivity loss for wells in two fields 

(Smits et al., 2001).   

In one field, the initial productivity decline was reportedly reversed 

(Anderson et al., 2006). The productivity of wells in this moderately rich 

gas condensate reservoir declined rapidly when the bottom hole pressures dropped 

below the dew point. This decline continued until the pressure throughout the 

reservoir dropped below the dew point, then the gas productivity began to 

increase. Compositional modeling showed that the condensate saturation 

increased near the wells to approximately 68%, decreasing gas permeability and, 

therefore, gas productivity. However, when the pressure throughout the reservoir 

dropped below dewpoint, some liquid dropped out everywhere. The gas moving 

toward the wellbore was leaner and had less condensate to drop out in the 

near-well region, resulting in a decreased condensate saturation to about 55% and 

increased gas productivity.  The condensate blockage decreased as the near well 

gas mobility increased. 

The amount of liquid phase present depends not only on the pressure and 

temperature, but also on the composition of the fluid. A dry gas, by definition, has 

insufficient heavy components to generate liquids in the reservoir, even with near-

well drawdown. A lean gas condensate generates a small volume of the liquid 

phase, less than 100 STB/MMSCF (7.5% by volume) and a rich gas condensate 

generates a larger volume of liquid, generally more than 150 STB/MMSCF 
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(11.4% by volume). There are no established boundaries for the definitions of 

lean and rich hence these figures provide only a rough approximation of the range 

of gas to liquid ratios. 

Barnum et al. (1995) found that production loss is severe for low 

permeability reservoirs i.e. those with a kh less than 1000 md-ft. They reported 

that the critical condensate saturation ranged from 10-30% and can decrease the 

productivity by a factor of up to five due to condensate accumulation near the 

wellbore. 

Engineer (1985) studied the Cal Canal Field in California, which produced 

a very rich gas condensate fluid and had a very high water saturation of 59%. Due 

to the high condensate and water saturation in the near wellbore region, the total 

gas recovery expected from the field is as low as 10%. Boom et al. (1996) showed 

that even for lean fluids with low condensate dropout, high condensate saturations 

could build up as many thousands of pore volumes of gas pass through the near 

wellbore region. 

Hinchman and Barree (1985) concluded from their 1-D radial simulation 

model that the relative permeability to gas is the most sensitive parameter for 

predicting gas condensate well productivity. The conventional drainage relative 

permeability data results in a more pessimistic productivity decline prediction. 

The actual liquid accumulation in the reservoir is better represented by imbibition 

relative permeability resulting in 1ower productivity loss predictions. Liquid 

accumulation and productivity loss increase as the gas condensate becomes richer. 

They further concluded that surface yield of the gas condensate is not affected by 
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liquid dropping out in the near wellbore area. A significant change in surface 

yield is not observed until the average reservoir pressure drops below the dew 

point. 

Cvetkovic et al. (1990) studied production from rich gas condensate 

reservoirs (γ > 0.75). They concluded from their radial simulation studies that 

composition of a gas condensate can significantly affect the relative permeability 

to gas. They claimed that the condensate problem is not significant for lean gas. 

This contradicts the significant loss observed in the Arun field for a lean gas.  

They further stated the importance of relative permeability curves from laboratory 

measurements. 

El-Banbi et al. (2000) compared full field simulations for a rich gas 

condensate reservoir using Modified Black-Oil (MBO) and compositional 

simulation with water influx. The study found that the two models agreed for the 

entire simulation above and below the dew point and with water influx from the 

aquifer. The MBO runs were at least 5 times faster than the most efficient 

compositional run. 

The degree to which condensate dropout is a production problem depends 

on the ratio of the pressure drop that is experienced within the reservoir to the 

total pressure drop in the reservoir and tubing. If the reservoir pressure drop is 

significant, then the additional pressure drop due to condensate blockage can be 

very important for well deliverability. This condition typically applies in a 

formation with a low kh (the product of permeability and net formation 

thickness). Conversely, if little of the total pressure drop occurs in the reservoir, 
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typical of high kh formations, then adding more pressure drop in the reservoir due 

to condensate blockage will probably have a smaller impact on well deliverability. 

As a general guideline, condensate blockage can be assumed to double the 

pressure drop in the reservoir for the same flow rate. Forecasting production from 

gas condensate reservoirs is complex, due to the production of gas, condensate, 

and in many cases, water or reservoir brine. The decline in well productivity due 

to liquid build up around the near wellbore region depends on several factors - 

fluid phase behavior, basic rock and fluid properties, wettability, gravitational 

forces, flow characterized by interfacial and viscous forces, non-Darcy and non-

equilibrium effects, type of the well (vertically fractured, horizontal etc) and 

mixing with the gas in the region where condensate has already accumulated. 

 

2.3 RELATIVE PERMEABILITY STUDIES 

Most important parameter affecting productivity decline in gas condensate 

wells is gas and/or condensate relative permeability. There have been many 

investigations of gas-condensate relative permeability measurements. Only a few 

studies have specifically conducted their measurements at reservoir conditions. 

An attempt has been made to review these studies. 

Ham and Eilerts (1967) conducted laboratory measurements at 78oF and a 

pressure range of 515-1515 psi. The authors used nitrogen and separator liquid 

from a reservoir condensate for their study. They evaluated the effect of 

condensate saturation, pressure, apparent velocity, flowing liquid-vapor volume 

ratio, fluid composition and core type on the mobility of gas. The authors showed 
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that relative mobility and liquid-vapor volume ratio relationships are dependent 

on pressure, saturation and, to a lesser extent, on velocity. The authors also 

showed that the critical condensate saturation is dependent on pressure and 

velocity.  

Bourbaiux et al. (1994) and Kalaydjian et al. (1996) designed an 

experimental procedure to measure the critical condensate saturation (Scc) and the 

relative permeabilities of gas and condensate. The authors also measured on-

stream condensate dropout and local condensate saturation using a gamma ray 

attenuation technique with a specific method of calibration. The authors found 

that Scc is related to the initial water saturation (Swi), with the total critical liquid 

saturation remaining constant (around 26%) of the pore volume for the cases they 

studied.  

Gravier et al. (1986) measured gas and condensate relative permeabilities 

at reservoir conditions and concluded that the reduction of gas permeability with 

increasing condensate saturation is greater than for gas and oil. However, the 

study could not determine any correlation between critical condensate saturation 

and petrophysical rock properties. The critical saturations measured were high 

(around 35%). A study by Munkerud (1989) on measurement of gas and 

condensate relative permeability showed that the relative permeability curves for 

the gas condensate model system in a depletion process are similar to curves of 

ordinary gas/oil systems and that gravitational segregation of condensate is 

pronounced even at liquid saturation below the critical saturation. 
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Danesh et al. (1988) performed experiments at 4400 psig and 37oC in 

glass micromodels and sandstone cores. They concluded that the initial formation 

of condensate occurs as film, maintaining a hydraulic conductivity throughout the 

pores. The study also stated the significance of gravitational effects as compared 

to capillary number effect. The residual condensate saturation is comparatively 

lower in high permeable rocks then low permeable rocks. 

Hanif and Ali (1990) measure gas and condensate relative permeability for 

methane-propane mixture at low interfacial tensions of 0.05 dynes/cm. They 

concluded that at these interfacial tensions, the capillary forces become negligible 

and gravitational forces are more significant. The liquid forms a film on the grains 

and gas occupies the center of the pores, that is, a complete wetting phenomena. 

Same authors in 1993 performed another study on a six component (C1, C2, C3, 

C5, C8 and C16) system. They concluded that gravity has a strong effect on low 

interfacial tension systems (0.04 dynes/cm). 

Henderson et al. (1991) measured steady-state relative permeabilities for 

gas condensate fluids over a wide range of CGR (condensate to gas ratio), IFT 

(interfacial tension) and velocities. The authors found that relative permeabilities 

of both gas and condensate phases are rate sensitive and increase with velocity. 

The relative permeabilities were also sensitive to the IFT and increased with 

lowering of IFT. 

Chen et al. (1999) performed relative permeability measurements for two 

North Sea gas condensate fluids to investigate the effects of rock and fluid 

characteristics on critical condensate saturation and gas and condensate relative 
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permeability. The authors used recombined fluids from two North Sea gas 

condensate reservoirs and 29 inch composite cores for their study. Their results 

showed that critical condensate saturation and relative permeability are sensitive 

to flow rate and interfacial tension. The authors also showed that the condensate 

relative permeability curve exhibits an unusual convex curvature when plotted 

against condensate saturation. The authors suggest that high interfacial tension 

caused the decrease in condensate relative permeability with increasing 

condensate saturations.  

Saevareid et al. (1999) conducted steady-state coreflood experiments for 

gas condensate fluids and measured gas and condensate relative permeability as a 

function of gas-oil interfacial tension and velocity.  The authors showed 

significant improvement in gas and condensate relative permeability with 

capillary number.  

Mott et al. (2000) and Cable et al. (2003) conducted steady-state coreflood 

experiments for gas condensate fluids to examine the effect of capillary number 

on relative permeability and distinguish the effect of high capillary number and 

inertial effects on relative permeabilities at high flow rates. The authors concluded 

that at fixed IFT, gas relative permeability increases with velocity and at a fixed 

capillary number, gas relative permeability decreases with velocity due to inertial 

flow. Cable et al. (2003) also did X-ray in-situ condensate saturation 

measurements at steady-state conditions. Their results showed that condensate 

saturation increases with higher capillary number at a fixed value of krg/kro and 

therefore the authors concluded that improved gas relative permeability at high 
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capillary number is not due to lower condensate saturation. This result is in 

contradiction with the general perception that condensate saturation decreases at 

higher capillary number. 

Du et al. (2000), Walker et al. (2000) and Al-Anazi et al. (2003) showed 

from their coreflood experiments that condensate dropout reduced the gas relative 

permeability by an order of magnitude and the reduction is even more severe in 

the presence of high water saturation. The authors also showed that the decline in 

normalized PI (ratio of PI during two phase flow to PI during single phase flow 

i.e. ratio of damaged PI to original PI) is almost the same for both high and low 

permeability rocks. Al-Anazi (2003) also showed that non-equilibrium mass 

transfer phenomenon occurred in the cores at high flow rates and required more 

pore volumes of injected fluid to reach steady-state than if local equilibrium 

existed in the cores.    

Ayyalasomayajula et al. (2003) conducted steady-state coreflood 

experiments for gas condensate fluids and measured gas and oil relative 

permeability as a function of capillary number for several different reservoir rocks 

and for a wide range of krg/kro values. The authors showed significant 

improvement in gas relative permeability with capillary number for all the rock 

types.   

Nagarajan et al. (2004) compared gas condensate relative permeability 

measurements for reservoir fluids and synthetic fluids. They concluded that 

relative permeability for live reservoir fluids is lower then those measured with 

model fluids at any given liquid saturation. They further concluded that initial 
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water saturation may not significantly impact the gas relative permeability, 

however, it could have a significant impact on the condensate relative 

permeability.  

 

Several recent studies by Cable et al. 2003, Al-Anazi et al. 2003, Du et al. 

2001 has been made using the pseudo pressure method for measuring relative 

permeability. In this method, a gas mixture above its dew point pressure is flashed 

into the core at a reservoir pressure less than the dew point pressure and flowed 

until steady-state is reached. This process is similar to what happens around the 

wells, is easy to control with the backpressure on the core, and is very efficient 

since saturations do not have to be measured. The ratio of krg and kro can be 

calculated from thermodynamic properties (Chopra and Carter, 1986) at 

steady-state. The thermodynamic properties can be measured by standard PVT 

experiments.  

2.4 TREATMENTS FOR CONDENSATE BLOCKAGE 

Several methods have been proposed and investigated to treat damage 

caused by condensate accumulation. The most common approaches to avoid 

damage caused by condensate blocking are either to change the phase behavior of 

the gas condensate fluid or to reduce the pressure drawdown and maintain the 

bottom hole pressure above the dew point pressure. 

Abel et al. (1970) described two schemes of gas cycling: full pressure 

maintenance and partial pressure maintenance. In full pressure maintenance, gas 

is continuously injected into the reservoir at the same time gas condensate is 
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produced from the reservoir in an attempt to prevent reservoir pressure from 

falling below the dew point pressure. Whereas, in the partial pressure 

maintenance approach, gas is injected into the reservoir after primary depletion 

below the dewpoint, in an attempt to arrest or slow further pressure decline and 

revaporize or miscibly displace the condensate.  

Processes that take place when injected gas contacts condensate include: 

a. Displacement of reservoir fluid by the injected gas 

b. Re-vaporization of components 

c. Change in PVT behavior of reservoir fluid upon contact with the 

injected gas 

Kossak and Opdal (1986) did simulations to study the performance of slug 

injection of methane followed by nitrogen. They studied the effect of slug 

injection in a homogeneous and heterogeneous layered reservoir with anisotropy. 

Their results show that the heterogeneities allow the nitrogen to mix with 

condensate when the methane slug is small but the inCreamntal recovery with 

methane over nitrogen is large enough to pay for the cost of the methane. 

Sänger and Hagoort (1998) investigated the efficiency of nitrogen to 

evaporate gas condensate compared to methane.  They found that methane can 

evaporate more condensate than nitrogen. The authors reported that the 

evaporation capacity of methane is more that 20 times higher than that of 

nitrogen. The disadvantage of injecting nitrogen is that the dewpoint of the 

mixture is higher than the reservoir gas and thus leads to in-situ condensate drop 

out due to mixing with gas condensate in the reservoir. 
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Ahmed et al. (1998) studied the effectiveness of lean gas, N2, and CO2 

Huff ‘n’ Puff injection technique in removing the liquid accumulated in and 

around the wellbore. Huff ‘n’ Puff injection techniques use the same well 

alternatively as producer and injector. The authors concluded that pure CO2 is the 

most effective gas in reducing the liquid dropout as compared to others when 

injected at the same pressure. The authors also show that the huff ‘n’ puff 

injection of gases is most effective when initiated before the maximum liquid 

dropout (from CVD) is reached. An insufficient amount of gas injection could 

increase the liquid dropout. 

Luo et al. (2000) conducted experiments on an actual rich gas condensate 

fluid to investigate condensate recovery, based on the two pressure maintenance 

strategies mentioned above, to quantitatively determine the revaporization 

efficiency of retrograde condensate by lean gas injection. Their analysis of the 

produced condensate phase shows that a greater percentage of the heavier 

components are vaporized and recovered when gas is injected above the 

saturation pressure compared to when gas is injected below the saturation 

pressure.  Their results also show that cumulative condensate recovery is higher 

when injection is done above the saturation pressure. The authors also observed 

that during gas injection at the reservoir pressure, the mass transfer between the 

dry-gas injected and the original gas condensate leads to a rise in dew point 

pressure and earlier retrograde condensation, which may reduce the condensate 

recovery.  
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Jamaluddin et al. (2001) did PVT experiments to study the effect of CO2 

and propane on the phase behavior of the reservoir gas condensate fluid. They 

found that CO2 increases the dewpoint of the mixture but reduces the total liquid 

dropout below the dewpoint whereas propane reduces the dewpoint as well as the 

total liquid dropout. The authors suggest Huff ‘n’ Puff injection of propane would 

efficiently reduce the damage due to condensate blocking. 

Marokane et al. (2002) studied the injection of produced gas to remove the 

condensate bank for lean and rich gas condensate fluids. The authors found that to 

achieve maximum recovery for a lean gas condensate, produced gas should be 

injected after the average reservoir pressure around a producing well falls below 

the maximum liquid dropout pressure. For rich gas condensate, gas injection is 

more efficient when the produced gas is injected at a pressure greater than the 

maximum liquid dropout pressure. 

Al-Anazi et al. (2004) experimentally studied the revaporization of 

condensate in cores by methane. The authors showed that methane flooding 

revaporizes condensate and restores the gas permeability to its single-phase flow 

value. Revaporization of condensate was controlled by the partitioning of the 

hydrocarbon components into the flowing gas phase when the injection was done 

below the minimum miscibility pressure (MMP). Increase in injection pressure 

and rate expedited the revaporization of condensate.   

Hoier et al. (2004) studied miscible gas injection for partial pressure 

maintenance in an under-saturated oil (Smorbukk South Field) exhibiting 

compositional variation. The authors' generated MMP (minimum miscibility 
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pressure) gradient for a given injected gas, from the compositional, reservoir 

pressure and saturation pressure gradients. The authors concluded that once the 

injected gas develops miscibility at the injection point, the developed miscible 

front will first-contact miscibly displace the downstream fluid, independent of 

whether the downstream fluid is miscible or immiscible with the injected gas. 

Henderson et al. (1991) performed coreflood experiments to study the 

effect of water injection on gas condensate recovery, above and below the dew 

point. They found that residual hydrocarbon saturation after water-flooding 

depends on the prevailing IFT between the gas and condensate. The authors also 

showed that gas and condensate displacement by water is complex and cannot be 

represented by data from water-oil and water-gas displacements and requires 

special three-phase relative permeability measurements to describe water-flooding 

and subsequent depressurization.  

Fishlock et al. (1996) studied the performance of water injection for lean 

and rich gas condensate fluid systems. They found that hydrocarbon recoveries 

are higher for leaner fluids than richer fluids because a higher proportion of oil is 

in the gas phase at a given pressure in a lean fluid compared to a richer fluid. 

Ahmed et al. (2000) analyzed the effect of water-flooding in gas 

condensate reservoirs and compared it with gas injection. Their results showed 

improvement in gas and condensate production rates for both gas and water 

injection. Although gas injection showed higher condensate recovery factors, the 

authors suggest that gas injection may not be economical due to the large initial 

investment required, higher operating costs, and delay of gas sales. They further 
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show that, if water injection is planned to be used in gas condensate reservoirs, 

the reservoir should be blown-down before water invades the majority of the 

producing wells and increases the water cut.  Blow-down also helps re-mobilize 

some of the gas trapped by the injected water. 

Cullick et al. (1989) and Jones et al. (1993) performed simulation and 

experimental studies to investigate the efficiency of WAG to improve recovery 

from gas condensate reservoirs. They proposed to use WAG instead of dry gas 

injection in the full pressure maintenance process and also as an alternative to 

early blowdown. Their results show an improvement of about 28% to 54% in total 

recovery over that with continuous gas injection for full pressure maintenance.  

Du et al. (2000), Walker et al. (2000), and Al-Anazi et al. (2003) 

investigated the use of methanol to treat damage due to condensate and water 

blocking. The authors show that an enhanced flow period is observed in both low 

and high permeability cores after methanol treatment, during which condensate 

accumulation is delayed. Their experiments show: 

• Significant improvement in oil and gas relative permeability is 

observed during the enhanced flow period after to methanol 

treatment. Also, the treatment is more effective in the presence of 

high water saturation as methanol effectively removes the damage 

due to water blocking in addition to treating the damage due to 

condensate dropout.   
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• Significant improvement due to methanol treatment is achieved 

only until a certain volume of methanol injection, after which the 

incremental improvement is negligible. 

Methanol treatments remove both water and condensate by a multi-contact 

miscible displacement if sufficient methanol is injected. Methanol treatments 

resulted in a significant but temporary enhancement in productivity for both low 

and high permeability cores.  However, removal of water-blocks would be 

expected to have a long lasting impact on a well’s PI.  

Al-Anazi et al. (2003) reported a successful methanol field treatment to 

improve productivity from a gas condensate field in Alabama (Hatter's Pond). 

PVT analysis performed on samples taken from the field indicated rich retrograde 

condensate behavior. Walker (2000) conducted compatibility tests to ensure that 

the injection of filtrate and methanol did not cause any damage to the core. The 

well chosen for treatment was producing 250 MSCFPD with 87 BPD of 

condensate. After methanol treatment both gas and condensate production 

increased by a factor of 2 to about 500 MSCFPD and 157 BPD respectively.  Well 

tests performed on the well before and after the treatment showed improvement in 

total skin from 0.68 to –1.9. This indicates that the methanol treatment effectively 

removed the condensate/water bank near the wellbore. However, the removal of 

the condensate bank is only temporary as it is expected to rebuild.  The results 

from this test indicate that the reformation of a condensate bank does not occur 

immediately, the reason for this is not very clear. The authors proposed that 
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modification of the phase behavior of reservoir fluid by the residual methanol 

phase trapped in the pores delayed the reformation of condensate bank. 

Hydraulic fracturing has been used to enhance gas productivity (Kumar, 

2000, Settari et al, 1996; Barnum et al., 1995, Mohan, 2005). In many wells it is 

possible to reduce the drawdown, i.e. increase the flowing bottom hole pressure 

by inducing a hydraulic fracture that significantly increases the area available to 

flow. This allows the well to be produced at a higher bottom hole pressure for 

longer periods of time thereby delaying the onset of condensate formation around 

the wellbore. The success of hydraulic fracture stimulation depends on the 

placement of sufficient quantity of proppant without changing the integrity of the 

formation, the rate at which fracture fluids are produced from the fracture, and the 

degree to which the fracture “cleans up” after the treatment. The condensate bank 

will eventually forms around the fracture. Hence, the treatment allows delaying of 

bank around the flow area. 

Settari et al. (1996) conducted a simulation study to investigate the 

improvement of PI due to hydraulic fracturing in the Smorbukk field. Their 

results show that fracturing can restore 50-70 % of the PI loss due to condensate 

blocking compared to a non-fractured well in a low permeability zone. In higher 

permeability zones, fracturing can increase the PI more than the single phase PI. 

They found that PI improvement is more sensitive to the fracture length in low 

permeability zones, whereas PI is more sensitive to the fracture conductivity in 

high permeability zones. 
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 Kumar (2000) studied the effect of vertical fracture in a gas condensate 

well. The author predicted that for two-phase flow of gas and condensate, the 

productivity of a fractured well could be as high as eight times the productivity of 

an unfractured well. Lolon et al. (2003) showed that the fracturing fluid that 

remains in the fracture and formation after a hydraulic fracture treatment blocks 

the gas flow into the fracture and thus reduces the effective fracture length. 

Pressure transient tests performed on hydraulically fractured wells also support 

this and reveal that the effective fracture half-lengths are substantially less than 

the designed length from fracture stimulation. Thus the predictions from 

simulating idealized fractures are too optimistic. 

Al-Hashim et al. (2000) performed a simulation study to investigate the 

improvement of PI in gas condensate wells, both above and below the dew point, 

due to fracturing. The authors show that hydraulic fracturing increases the time at 

which the dew point pressure is reached during depletion as compared to the non-

fractured base case.  

Mohan (2005) investigated improvement due to hydraulic fracturing in gas 

condensate wells by performing single well modeling. Parameters such as fracture 

dimensions, fracture conductivity has the greatest effect on improvement. The 

study showed that productivity improvement due to hydraulic fracturing of a gas 

condensate well is the greatest for low permeability reservoirs and fracture length 

required to optimize the productivity mainly depends on proppant volume, 

reservoir permeability, fracture permeability, fluid composition, and condensate 

bank width on improvement due to hydraulic fracturing in gas condensate wells.  
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2.5 CHEMICAL TREATMENTS FOR CONDENSATE BLOCKAGE 

Du et al. (2000) studied the use of solvents to improve the productivity of 

gas condensate wells. They showed that the injection of methanol into cores with 

reduced gas relative permeability due to condensate, can substantially improve the 

gas relative permeability. Use of such methods provides a less expensive method 

for the improvement of gas condensate well productivity than alternatives such as 

hydraulic fracturing.  

Al-Anazi et al. (2003) studied the effect of methanol treatment on Texas 

Cream limestone and Berea sandstone cores. They showed that methanol 

displaces retrograde condensate and improves gas relative permeability. Methanol 

displaces water and this may contribute to high gas relative permeability.  

Al-Anazi et al. (2003) investigated the effectiveness of methanol as a 

solvent for removing condensate banks in a field test. Results show that a 

thousand barrels of methanol pumped at a rate of 8 bbl/min increased the gas 

production by a factor of 3 and condensate production also doubled.  

Jadhunandan et al. (1991), Owolabi et al. (1993), Chen et al. (2004) have 

shown that altering the wettability to intermediate-wet gives lower oil saturation. 

Figure 2.1 shows the residual oil saturation versus wettability index. Wettability 

index varies from -1 (oil-wet) to +1 (water-wet), 0 being intermediate-wet. The 

wettability index was measured by Amott-Harvey wettability test. The data is for 

Berea sandstone and shows minimum residual oil saturation in the vicinity of 0 



26 

wettability index. The reader is referred to Anderson (2006) for further literature 

on effect of wettability on residua oil saturation. 

Li and Firoozabadi (2000) studied the effects of gravity, viscous forces, 

interfacial tension and wettability on the relative permeability of gas condensate 

systems using a phenomenological network model. They suggested that gas well 

deliverability in condensate reservoirs can be enhanced by wettability alteration 

from preferential liquid-wetting to preferential gas-wetting. 

Li and Firoozabadi (2000) performed laboratory experiments to show that 

the wettability of porous media may indeed be altered from preferential 

liquid-wetting to preferential gas-wetting. They showed that there is no imbibition 

of either oil or water in both Berea and chalk samples with or without initial brine 

saturation. 

Tang and Firoozabadi (2002) proposed to enhance the gas condensate well 

deliverability by altering the wettability of the near wellbore region from strong 

liquid wetting to preferential gas wetting. They used chemicals FC 754 and 

FC 722 (from 3M chemical) to alter wettability and showed that permanent gas 

wetting can be established in Berea and chalk through chemical treatment. In the 

experiments, core was saturated with the aqueous solution of the chemical and 

then aged followed by drying of the core. Decane was used to mimic 

gas-condensate fluid. The procedure and materials used to conduct the 

experiments were far from how a well will be treated.  The work have established 

that in gas-oil systems, the wettability of porous rocks can be altered to 
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intermediate gas-wetting and further demonstrated that intermediate gas-wetting 

increases liquid phase mobility. 

Tang and Firoozabadi (2003) used chemicals FC 759 and FC 722 to alter 

the wettability from strong liquid wetting to intermediate gas wetting. These 

chemicals have a fluorochemical group that provides water and oil repellency, a 

silanol group that chemically bonds to the rock surface provides a durable 

treatment. The authors concluded from their experiments that treatment with the 

chemical FC759 can yield: 

• Wettability alteration from strong liquid wetting to stable 

intermediate gas wetting at room temperature as well as at high 

temperatures. 

• Neutral wetting for gas, oil, and water phases in two-phase flow 

• A significant increase in oil mobility for a gas/oil system 

• Improved recovery behavior for both gas/oil and oil/water systems. 

Fahes and Firoozabadi (2005) measured a strong reversal of wetting in a 

gas-water-rock system at 284 °F, but the treatment was less successful in a gas-oil 

reservoir-rock system. The study used air as gas phase and n-decane as oil phase 

to mimic gas-condensate fluid.  The experiments were performed at 140oC and 

150 psig. The study established that there was no damage to the core due to 

chemical treatment and liquid mobility was increased due to chemical treatment. 

Tor et al. (2003) studied wettability alteration in carbonates (from oil wet 

to water wet) by using cationic surfactants. They showed that surfactants of the 

type tetra alkyl ammonium salts dissolved in water are able to change the 
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wettability from oil wet to water wet in an irreversible way by desorbing organic 

carboxylates. The efficiency of surfactant increases as the number of EO (ethoxy) 

groups increases.  

Mohanty et al. (2004) studied wettability alteration to neutral wet in 

carbonates and sandstones by using surfactants. They showed that as the number 

of fluoro groups increases, the rock become less water-wet. One day of ageing 

period and 1 weight % concentration appear to be sufficient for altering the 

wettability. They further stated that wettability alteration reduces the brine 

saturation near the hydraulic fracture faces and increase gas productivity. 

 

2.6 MODELING OF GAS CONDENSATE WELL DELIVERABILITY: 

Many experimental studies have shown the effect of interfacial tension on 

the gas relative permeability. However, Brownell and Katz (1947) and others 

recognized early on that residual saturations and relative permeabilities should be 

a function of the ratio of viscous to interfacial forces, defined as capillary number. 

In some cases buoyancy forces also can be significant. To account for this, the 

Bond number was defined as the ratio of the buoyancy forces to the interfacial 

forces, which also contributed to the total force on the trapped phase (Bardon and 

Longeron, 1980). The capillary number and the Bond number were combined 

using the vector sum of the forces on the trapped phase (condensate) to give the 

trapping number (Jin, 1995).  

Narayanaswamy et al. (1998 and 1999) proposed an analytical approach to 

calculate the non-Darcy flow coefficient for heterogeneous reservoirs. The 



29 

authors successfully history matched production from a gas condensate well in the 

Arun field with the use of a capillary number dependent relative permeability 

curves, instead of straight line relative permeability curves, and proper modeling 

non-Darcy flow effects. Mott et al. (2000) showed that the inertial flow 

coefficient in a 3-phase gas–condensate-water system is about 50% higher than in 

the equivalent 2-phase gas-water system.  

Pope et al. (2000) developed a relative permeability model as a function of 

trapping number and applied it to gas-condensate fluids. The authors showed that 

this model could be used to fit typical relative permeability data available in the 

literature at that time.  

Civan et al. (2001) published an analytical correlation for condensate 

accumulation under non-equilibrium conditions. They concluded that the 

difference in condensate accumulation (with and without considering 

non-equilibrium effects), which is significant initially decreases with 

dimensionless time.  

Al-Anazi (2003) showed from his experiments that non-equilibrium 

effects are is important at high flow rates, i.e. represents the conditions prevailing 

in the near wellbore region. Rai (2003) simulated core flood experiments done by 

Al-Anazi (2003) using UTCOMP (The University of Texas Compositional 

Simulator, version 3.8).  Non-equilibrium effects were found to be significant at 

high flow rates. 

Sharma (2003) studied the decline in productivity due to condensate build 

up on a well in the Hatter's Pond gas-condensate reservoir. The author also 
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developed a new hybrid well model that captured the near well behavior 

accurately and was much faster than fine-grid simulations. 

Fevang and Whitson (1996) proposed a pseudo-pressure approach to 

model the deliverability of gas-condensate wells. They calculated 

pseudo-pressures and used them to calculate the well deliverability. The 

producing GOR, reservoir fluid PVT properties (modified black oil or 

compositional) and gas-oil relative permeabilities are needed to calculate the 

pseudo-pressures.  

Mott (2002) devised a new method to forecast performance from gas 

condensate wells using a simple technique that can be used in a spreadsheet. The 

method uses a material balance model for reservoir depletion and a two-phase 

pseudo-pressure integral for inflow performance. The author implemented the 

method in both a modified black-oil and a compositional simulator. 

Chowdhury et al. (2004) developed a semi-analytical model to predict gas 

and condensate production rates. The new semi-analytical model is based on ideas 

similar to the Fevang-Whitson-Mott pseudo-pressure approach but with a more 

rigorous treatment of capillary number and non-Darcy flow effects. In this method 

the steady-state rates are calculated analytically for grid blocks with wells and 

used to replace the coarse grid approximation for these grid blocks to improve the 

accuracy of the gas and oil production rates in full field simulations. 
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Figure 2.1 Effect of wettability on residual oil saturation in Berea sandstone 
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Chapter 3: Materials and Methods for Coreflood Experiments 

3.1 INTRODUCTION 

This chapter describes the gas-condensate coreflood experimental setup 

used to study condensate blocking and chemical treatments in cores.  This chapter 

describes the equations used and the calculations needed to analyze the 

experimental data.  The apparatus section gives a detailed description of the 

apparatus and equipment used in the coreflood experiments.  Finally, the 

experimental procedure is described in detail. 

 

3.2 THEORY 

The permeability (k) was calculated using the following form of Darcy's 

law for single-phase flow: 

 

 
P A

 L qk
Δ

μ
=  (3.1) 

 

where q is the inlet core flow rate , μ is the injected fluid viscosity, L is the length 

of the core, A is the cross-sectional area of the core, and ΔP is the pressure drop 

across the core.  The relative permeability (krj) of each phase j is defined as 
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where kj is the permeability of fluid j and k is the initial gas permeability at 100% 

gas saturation.  The two-phase relative permeability of each phase j at steady-state 

can be calculated using Darcy’s law: 
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where j refers to either gas or oil (condensate) phase. Gas and liquid 

phases for a near critical fluid system shows very similar properties and for all 

practical purposes, the capillary pressure is not siginificant. The pressure drop of 

each phase is equal to the total pressure drop across the core during two-phase 

flow (ΔPg = ΔPo = ΔP).  A single gas phase enters the backpressure regulator at a 

pressure above the dew point of the fluid system and flashes downstream into gas 

and condensate (oil) phases at a pressure below the dew point of the fluid system.  

The flow rate of each phase (oil and gas) can be calculated using a flash 

calculation and mass balance across the backpressure regulator.  This mass 

balance derived in Appendix A, yields the following flow rate equations for oil 

and gas phases: 
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where 

q = total flow rate of single phase gas mixture above the dew-point 

pressure  

qg = flow rate of gas-phase at a pressure below the dew-point pressure 

qo = flow rate of oil-phase at a pressure below the dew-point pressure 

ρ = molar density of single phase gas mixture above the dew-point 

pressure 

ρg = molar density of gas-phase at a pressure below the dew-point 

pressure 

ρo = molar density of oil-phase at a pressure below the dew-point 

pressure 

fg = fractional flow of gas-phase at a pressure below the dew-point 

pressure 

fo = fractional flow of oil-phase at a pressure below the dew-point 

pressure 

 

The density of each phase and the liquid dropout were calculated using the 

PREOS at the experimental conditions. The actual flow rate of each phase 

through the core was calculated using Equations (3.4) and (3.5). 

 

The capillary number (Nc) is a dimensionless number that measures the 

ratio of viscous to capillary forces. A simplified form useful for laboratory core 

floods can be written as follows: 
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L 
P kNc σ

Δ
=                 (3.6) 

 

where  

k  = core permeability, cm2 

ΔP = pressure drop across the core, dynes/cm2 

σ  = interfacial tension between the two phases, dynes/cm 

L  = length of the core, cm 

 

By using lab units: k in md, ΔP in psia, σ in dynes/cm, and L in inches, the 

capillary number can be written including the conversion factor as: 
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For large capillary numbers, viscous forces are dominant and the residual 

saturations eventually approach zero as described by the capillary desaturation 

curves for the particular rock and fluids. As the residual saturations decrease the 

relative permeability increases and eventually approaches a straight line. Typical 

values of capillary numbers around a high rate gas-condensate well are in the 

range of 10-6 and 10-3 (Mott et al., 2000).  

Many authors (Rao et al., 2006) have suggested using σ·cosθ, instead of 

σ in the capillary number definition to include the effect of wettability. The 

approach is correct but the equation is unable to fit the vast data in the petroleum 
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literature. First the contact angle between fluids and porous media is not known 

and secondly there are atleast two contact angles are present (receding and 

advancing) which makes the equation more complex. All in all incorporating 

contact angle does not support the data, creates one more unknown variable that is 

difficult to measure and complicates the equation.  

 

Hagen-Poiseuille's equation gives the relationship between the flow rate 

and the pressure drop across a cylindrical tube: 

 

L  
 

μ
−π
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8

)PP(rq 21
4

 (3.8) 

 

where 

 q = volumetric flow rate, cm3/s 

 r = radius of tube, cm 

 L = length of tube, cm 

 P1 = inlet pressure, dynes/cm2 

 P2 = outlet pressure, dynes/cm2 

 μ = fluid viscosity, poise 

 

This equation is valid only for single-phase incompressible flow.  The 

viscosity of a single phase can be measured by recording the pressure drop across 

a capillary tube, with a known diameter and length, at a given flow rate.  

Correlations developed by Lee et al. (1966) for calculating the viscosity of natural 
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gases at elevated temperatures and pressures were used to estimate the viscosity 

of the gas. Equilibrium oil and gas viscosities were measured in the experimental 

setup. 

 

3.3 COREFLOOD EXPERIMENTAL SETUP 

Figure 3.1 shows a photograph of the gas condensate laboratory.  The 

coreflood apparatus was designed for high-pressure (10,000 psi) and 

high-temperature (400 oF) experiments.  Figure 3.2 shows a schematic diagram of 

the coreflood apparatus.  A RUSKA pump was used to inject fluid at a constant 

rate (varying from 32 cc/hr to 2340 cc/hr).  Multiple pressure ports were used to 

measure pressure drop across four sections (2 inches in length each) of the core.  

Two backpressure regulators were used to control the flowing pressure upstream 

(BPR-1) and downstream (BPR-2) of the core.  The flow is vertical and in the 

direction of gravity to eliminate gravity segregation effects. The core holder, 

backpressure regulators, fluid accumulators, and flow lines are inside a 

temperature-controlled, forced-air circulation oven at a fixed temperature.  The 

oven temperature is measured with a metal thermocouple and displayed on a 

digital indicator with an accuracy of ±1°C. 

3.3.1 BACK PRESSURE REGULATORS 

Backpressure regulators (BPR) used in the core flow experiments are from 

TEMCO, Inc. with Model BPR-50 and TESCOM with Model 26-1761-24-496.  

The TEMCO model has two sections separated by a diaphragm.  The diaphragm 

is very thin and made from SS-360. The pressure and temperature rating were 
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5000 psi and 350oF respectively. The TESCOM model has a dual balance spring 

loaded needle valve instead of a diaphragm. The pressure and temperature rating 

were 10,000 psi and 400oF. In both models compressed gas is used in the dome 

(section I) and the flowing fluid (section II) is in the body section. The two 

sections were pressurized simultaneously.  Nitrogen was used as the compressed 

gas.  The pressure of the compressed gas in the dome is monitored using a digital 

Heise gauge.  When the desired pressure was reached, the nitrogen source was 

closed and the pressurized gas was allowed to reach the experimental temperature.  

Two backpressure regulators were used to control the flow pressure in the 

upstream and downstream lines (BPR-1 and BPR-2, respectively). 

3.3.2 CORE HOLDER 

Two types of Phoenix Instruments core-holders were used: Hassler type 

and for low (145oF, 3500 psig) and Hydrostatic type for high 

pressure-temperature (400oF, 10,000 psig) conditions respectively. Both core 

holders have 3 pressure ports along the length to measure pressure drop in each 

section. The maximum core length that could be accommodated was 8 inches. In 

the Hassler type core holder the axial pressure was manually applied using a 

hand-screw whereas in Hydrostatic type, the confining fluid supplies the axial 

pressure and so both confining and axial pressures are the same. The pressure 

rating for the Hassler type is 3500 psig and for Floating Piston is 10,000 psig. The 

temperature rating for Hassler type is 312oF and for Floating Piston type is 450oF. 

The core-holder material is SS-316. The core sleeve used in core-holder is a Viton 

sleeve.  
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3.3.3 ACCUMULATORS 

Accumulators used in this study were purchased from TEMCO, Inc.  The 

type of accumulator used was a floating piston type accumulator.  All the 

accumulators are rated for a temperature up to 350°F and a working pressure of 

5,000 psi.  The manufacturer tested them for 7,500 psi.  The diameter of the 

piston is 2.5 inches.  The volume of the accumulators ranges from 1000-1500 mL.  

A Teflon® piston is used in these accumulators to allow easier movement of the 

piston inside the honed cylinder.   

3.3.4 Capillary Tube Viscometer 

A capillary tube viscometer with a diameter of 0.005 inches was installed 

in-line parallel to the core holder.  A pressure transducer was connected to 

measure the pressure drop across the viscometer during the flow of fluids.  The 

Hagen-Poiseuille equation can be written in the following form: 

 

 
μ

Δ
=

Pq f  (4.9) 

 

where q is the flow rate, ΔP is the pressure drop across the capillary tube 

viscometer, μ is the flowing fluid viscosity, and f is the viscometer factor that was 

determined by flowing methane through the viscometer and measuring the 

resulting pressure drop.  The viscosity of the liquid phase was measured to check 

the validity of the simulated results. The measured viscosity for the liquid phase 

was found to agree favorably with the calculated value. 
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3.3.5 PRESSURE TRANSDUCERS 

Validyne DP 363 Variable Reluctance Pressure Transducers were used to 

measure pressure drop across the core in coreflood experiments.  Each transducer 

has a stainless steel diaphragm that is clamped between two blocks of stainless 

steel.  An inductance coil is embedded in each block and covered by a disc to 

provide a corrosion resistant surface.  When a pressure difference is applied 

through the pressure ports, the diaphragm deflects and changes the magnetic field 

between the two coils.  Validyne transducers are equipped with bleed ports to 

facilitate cleaning or filling the pressure cavity.  The transducers are calibrated 

with a known source of pressure. The pressure rating for the DP 363 model was 

12,500 psi. 

3.3.6 DATA ACQUISITION 

A data acquisition system from National Instruments (NI) was used to 

read data from pressure transducers and transfer it to a personnel computer.  The 

PCI 6024E card integrates the functions of a multi-point recorder, data logger, and 

digital indicator into a single instrument.  The input voltage for PCI 6024E ranges 

from ±1 mV to ±15 V DC.  It is also capable of taking frequency input, input 

current range of 4-20 mA   or any current value that can be converted to a voltage. 

The sampling rate for this device is 2.5x105 samples/sec.  The recorded data is 

transferred using LabView 6.1 software from National Instruments to a computer.   

3.3.7 BOOSTER PUMP 

A single acting, single stage, gas booster pump was used to provide 

high-pressure nitrogen, methane and n-butane. The booster pump is made by 
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MAXPRO Technologies (model DLE 75-1). The pump was air driven and the 

compression ratio at 100 psi of air was 20:1. The maximum inlet pressure allowed 

to the booster pump is 2175 psi. Figure 3.3 shows a side view of the booster 

pump. 

3.3.8 OVEN 

BLUE M oven was used to perform experiments at high temperatures. The 

oven is a 4’x4’x3’ in dimensions. The temperature rating is 650oF. 

 

3.4 COREFLOOD EXPERIMENTAL PROCEDURE 

3.4.1 CORE PREPARATION 

A core with a 1 inch diameter and a length of 8 inches was cut from a 

source rock block.  Various types of cores were used: Texas Cream limestone, 

Berea sandstone and reservoir cores. The core was dried in an oven at 95°C for 24 

hrs and then was weighed.  The core was wrapped with aluminum foil and heat-

shrink Teflon® at 100oC to prevent diffusion of injected fluids through the Viton® 

rubber sleeve.  The wrapped core was placed into a core holder inside the oven at 

the experimental temperature.  Then, an overburden pressure was applied using a 

hydraulic hand pump (the confining fluid was pump oil).  Holes were drilled 

through the pressure taps using a small drill bit (1/32”).  These holes allow gas to 

flow through the pressure ports to the connected pressure transducers to record the 

pressure drop across each section of the core.  The initial gas permeability (at 

Sg=100%) was measured using methane at the chosen experimental temperature 

and pressure conditions.  
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3.4.2 MIXTURE PREPARATION 

Different synthetic gas condensate mixtures were prepared for conducting 

corefloods. The mixture was prepared in an accumulator at room temperature on 

weight basis. The accumulator was vacuumed and weighed empty. The liquid  

were added using a burette into the accumulator after preparing the liquid mixture 

on a weight basis. The accumulator was placed on a weighing scale and attached 

to the booster pump outlet. The gases were then injected into the accumulator on a 

weight basis. This method ensures more accuracy in mixture preparation 

compared to volumetric metering. In all cases the gases were n-butane and 

methane. The liquid components used were n-heptane, n-decane, n-dodecane, n-

pentadecane, and n-octadecane. The accumulator was placed in the oven for 8 

hours to reach the experimental temperature. Details of mixture preparation are 

presented in Appendix A. 

3.4.3 SURFACTANT SOLUTION PREPARATION 

The surfactant treatment solution was prepared on a weight basis in a 

beaker. The accumulator was vacuumed and the treatment solution was 

transferred through a burette into the accumulator using 1/8 inch tubing. The 

accumulator was placed in the oven for 8 hours to reach the experimental 

temperature. 

3.4.4 COREFLOOD PROCEDURE 

BPR-1 was set above the dew point pressure of the mixture and BPR-2 

was set at a bottom hole flowing pressure that was below the dew point of the 

synthetic mixture. Gas permeability was first measured by flowing methane at 
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constant flow rate. The gas mixture was then injected at a known constant flow 

rate. This allowed the condensate to dynamically accumulate in the core in a way 

that is similar to condensate accumulation in a reservoir below the dew point 

pressure.  Pressure drop across the core was monitored until a steady-state value 

was reached,  and then the pump rate was increased and the procedure repeated 

until a new steady-state was reached. After the completion of condensate 

accumulation the treatment solution was injected and the core was allowed to 

soak for 24 hrs. Again the condensate accumulation step was repeated and finally 

methane was injected to measure the permeability after treatment. 

 

 

Figure 3.1 Photograph of coreflood setup. 
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Figure 3.2 Schematic of coreflood setup. 

  

Figure 3.3 Side view of the booster pump used for mixture preparation. 

 

 



45 

Chapter 4: Pretreatment Relative Permeability Measurements  

4.1 INTRODUCTION 

Steady-state relative permeabilities were measured at different 

temperatures and pressures in Berea sandstone and Texas Cream limestone cores 

using the experimental procedures given in Chapter 3.  Model fluids were chosen 

on the basis of liquid dropout, viscosity, interfacial tension and hydrocarbon 

components so to have properties similar to reservoir gas condensate fluids. 

Coreflood experiments were carried out at three different temperatures (145oF, 

200oF and 250oF) to measure gas and condensate relative permeabilities. The 

measured relative permeability data were modeled using the UT relative 

permeability model. The effect of capillary number and PVT properties on gas 

and condensate relative permeabilities was investigated by modeling and core 

flow tests. 

4.2 FLUID CHARACTERIZATION 

Measurement of relative permeabilities for a gas-condensate fluid can 

utilize reservoir fluid samples or synthetic fluid samples. Reservoir fluid samples 

are expensive and limited in volume. Synthetic fluid samples can mimic reservoir 

fluid samples if the characterization is carried out very carefully. Liquid dropout, 

liquid viscosity and interfacial tension should be measured to reduce uncertainty 

in the relative permeability measurements. At least four components are 

recommended to adequately mimic a reservoir fluid. The advantages of using 

synthetic fluids are better characterization, longer experiment runs and ease of 
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handling. The PREOS was used to predict fluid properties (see Appendix A.5). 

Calsep's PVTSim software was used to characterize the model fluids (see 

Appendix A.4). 

Synthetic fluids were used in this study to perform coreflood experiments 

at three different temperatures of 145oF (Fluid-I), 200oF (Fluid-II) and 250oF 

(Fluid-III). Table 4.1 gives the composition of the three fluids. All model fluids 

consist of at least four components from lightest component (C1-methane) to 

heavier component (C12-dodecane). Synthetic fluid samples were prepared on a 

mass basis. The details of mixture preparation are given in Appendix A. 

Figure 4.1 shows the phase envelope for Fluid-I computed using a PREOS and 

critical properties given in Table 4.2. The figure shows constant vapor-liquid 

fraction curves. The dew point pressure computed from the PREOS is 2761 psig 

as compared to an experimental value of 2791 psig. Figure 4.2 compares the 

liquid dropout curve for Fluid-I at 145oF as measured by Al-Anazi (2003) and 

computed using PREOS. The liquid dropout at experimental conditions of 145oF 

and 1200 psig was measured to be 7.14% with a maximum liquid dropout of 

18.2% at 2500 psig. The binary interaction coefficients were set to zero and 

volume shift parameters were used as calculated by Bang (2005). Simulated liquid 

and gas viscosities are shown in Figures 4.3 and 4.4 for Fluid I at 145oF. 

Viscosities were calculated using  corresponding states principle in the form 

suggested by Pedersen et al. (1988). The simulated and measured (Al-Anazi, 

2003) single phase viscosity are in good agreement. Interfacial tension between 

the oil and gas phase is shown vs. pressure in Figure 4.5 for Fluid I at 145oF. 



47 

Interfacial tension at experimental conditions was measured to be 4.2 dynes/cm 

using a spinning drop tensiometer (Walker, 2000) and agrees with the simulated 

value of 4.2 dynes/cm using PREOS. It is observed that PREOS gives a good 

prediction of fluid properties for pure hydrocarbon component mixtures. 

Figure 4.6 shows the phase envelope for Fluid-II computed using PREOS 

and critical properties given in Table 4.3. A dew point pressure of 3322 psig was 

predicted by the PREOS. Figure 4.7 shows the liquid dropout curve for Fluid-II 

at 200oF.  The liquid dropout at the experimental temperature conditions of 200oF 

and at different pressures of 480 psig, 700 psig and 3000 psig was calculated to be 

2.5%, 3.9% and 27.8% respectively using PREOS. The maximum liquid dropout 

of 30% occurs at 3281 psig. The binary interaction coefficients were set to zero 

and volume shift parameters were used as calculated by Bang (2005). Simulated 

liquid and gas viscosities are shown in Figures 4.8 and 4.9 for Fluid II at 200oF. 

Viscosities were calculated using corresponding states principle in the form 

suggested by Pedersen et al. (1988). Interfacial tension between the oil and gas 

phase is shown as a function of pressure in Figure 4.10 for Fluid II at 200oF. The 

computed values were 10.5, 7.5 and 0.221 dynes/cm at 480, 700 and 3000 psig, 

respectively. 

Figure 4.11 shows the phase envelope for Fluid-III computed using the 

PREOS with the critical properties given in Table 4.4. The dew point pressure 

computed using PREOS was 3868 psig as compared to a measured (Bang, 2005) 

value of 3480 psig. Figure 4.12 compares the liquid dropout curve for Fluid-III at 

250oF as computed using PREOS and experimentally measured curve (Bang, 
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2005). The liquid dropout of 10% was measured at experimental conditions of 

250oF and 1,500 psig that agree with the simulated value of 10%.  The maximum 

liquid dropout of 26.9% occurs at 3253 psig (Bang, 2005). The simulated value 

for maximum liquid dropout of 29.4% occurs at 3617 psig. The binary interaction 

coefficients were set to zero and volume shift parameters were used as measured 

by Bang (2005). Simulated liquid and gas viscosities are shown in Figures 4.13 

and 4.14 for Fluid III at 250oF. Viscosities were calculated using corresponding 

states principle in the form suggested by Pedersen et al. (1988). Interfacial tension 

between the oil and gas phase is shown as a function of pressure in Figure 4.15 

for Fluid III at 250oF. The interfacial tension computed at experimental conditions 

(250oF and 1500 psig) was 4.3 dynes/cm. 

4.3 EFFECT OF CAPILLARY NUMBER ON RELATIVE PERMEABILITY 

A new experimental setup capable of acquiring data at pore pressure up to 

10,000 psig and temperatures up to 400oF was designed and built. Coreflood 

experiments were conducted using both Berea sandstone and Texas Cream 

limestone cores with water saturations of 0 and 40% established by completely 

saturating the core with water and flowing N2 till a steady-state was reached. The 

amount of water collected gives the residual saturation in the core. The initial gas 

permeability (kg) was measured with methane in all experiments. Experiments 

were carried out at three different temperatures of 145oF, 200oF and 250oF at 

different flow rates ranging from 85 to 7000 cc/hr. Relative permeability of gas 

and condensate was measured at different flow rates at steady-state to quantify the 

effect of capillary number in both low (Texas Cream limestone) and high (Berea 
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sandstone) permeability cores. The coreflood procedure is described in detail in 

Chapter 3. The capillary number, which quantifies the ratio of inertial force to 

interfacial force, was calculated at each flow rate using Equation (3.7).  

Table 4.5 shows experimental conditions for each coreflood experiment 

conducted. Table 4.6 lists the experimental values of gas and condensate relative 

permeabilities at different flow rates for experiments conducted.  The 

single-phase permeability of the cores was measured using methane at reservoir 

conditions. Figure 4.16 shows the measured pressure drop across a Texas Cream 

limestone core during a methane flood at different flow rates. Figure 4.17 shows 

sections pressure drop in Texas Cream limestone during the methane flood at 

different flow rates. The core permeability varies in different sections suggesting 

some core heterogeneity. Figure 4.18 shows the measured pressure drop across a 

Berea sandstone core during a methane flood at different flow rates. Figure 4.19 

shows the measured section pressure drops across the Berea sandstone core 

during the methane flood at different flow rates. The pressure drop in each section 

was not captured adequately due to the very low pressure drop which was close to 

the limit of accuracy of the transducer (0.1 psi). The Texas Cream limestone is a 

low permeability (2 md-10 md) while Berea sandstone is measured to have a high 

permeability (100 md - 400 md). Berea sandstone also appears to be more 

homogeneous as compared to Texas Cream limestone core as section pressure 

drops in Berea are almost similar. 
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    4.3.1 TEXAS CREAM LIMESTONE EXPERIMENTS 

Dynamic condensate accumulation coreflood experiments were performed 

on Texas Cream limestone cores at 145°F and 250oF. Further details of Texas 

Cream limestone experiments are given in Appendix B. Figure 4.20 shows the 

pressure drop across a Texas Cream limestone core during dynamic condensate 

accumulation at 1,200 psig and 145oF at a flow rate of 85 cc/hr.  There was no 

water present in the core. The pressure drop reaches a steady-state value in the 

core after flowing 120 pore volumes of gas-condensate mixture through the core. 

Figure 4.21 shows the sectional pressure drops in different sections (inlet-top and 

top-middle section pressure drops were not measured during the initial part due to 

transducer drifting). The gas relative permeability was decreased by 90% due to 

condensate build up. Figure 4.22 shows the pressure drop Texas Cream limestone 

core during dynamic condensate accumulation at 1,500 psig and 250oF at different 

flow rates (680 cc/hr and 1505 cc/hr). Sufficient (~100) pore volumes were 

flooded to achieve steady-state. The gas relative permeability was decreased by 

80% in this experiment. The gas and condensate relative permeabilities were 

calculated from steady-state pressure drop value. The gas and condensate relative 

permeability values show an increase with the increase in capillary number. The 

PVT ratio (krg/kro ratio) in these experiments was 1.3 (145 oF) and 0.88 (250 oF). 

Table 4.6 shows relative permeabilities of gas and condensate in Texas Cream 

limestone at different capillary numbers and further illustrates the trend. 

 

4.3.2 BEREA SANDSTONE EXPERIMENTS 
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Dynamic condensate accumulation coreflood experiments were performed 

on Berea sandstone at 145°F, 200oF and 250oF. The same coreflood procedure 

used in low permeability cores was followed in these experiments.  Further details 

of Berea sandstone experiments are given in Appendix B. Figure 4.23 shows the 

pressure drop across Berea sandstone cores during dynamic condensate 

accumulation at 1,200 psig and 145oF. The condensate accumulation was 

conducted at flow rate of 85 cc/hr with no initial water saturation in the core. The 

flow rate in these experiments corresponds to a linear Darcy velocity of 12 

feet/day. A steady-state pressure drop of 5.75 psi was reached after flowing large 

pore volumes (140) of the synthetic fluid. Figure 4.24 shows the pressure drop 

across Berea sandstone cores during dynamic condensate accumulation at 1,200 

psig and 145oF at flow rate of 85 cc/hr with 40% initial water saturation in the 

core. The gas relative permeabilities at steady-state are lower for 40% initial 

water saturation experiment as compared to the no initial water saturation 

experiment. In-situ condensate dropout reduced the krg by 80-90%. The saturation 

gradients along the core are not significant because steady-state conditions are 

achieved and the pressure drop across the core was small (5 psi) as compared to 

system pressure (1,200 psig). The krg/kro ratio in these experiments was around 

1.3. 

Figure 4.25 and Figure 4.26 show the pressure drop across Berea 

sandstone cores during dynamic condensate accumulation at 1,500 psig and 250oF 

at different flow rates ranging from 330 cc/hr to 3811 cc/hr. Figure 4.27 shows 

the pressure drop across Berea sandstone cores during dynamic condensate 
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accumulation at 3,000 psig and 200oF at very high capillary numbers up to 5x10-4. 

These experiments clearly show an increase in gas and condensate relative 

permeability as the capillary number increases. The gas and condensate relative 

permeability is high for capillary numbers greater than 10-4. Figures 4.29 and 

4.30 show measured gas and condensate relative permeability in Berea sandstone. 

Table 4.6 shows relative permeabilities of gas and condensate in Berea sandstone 

at different capillary numbers. Within the experimental error the increasing trend 

of gas and condensate relative permeability with capillary number is firmly 

established. 

Initially, the condensate phase fills the pore space while the gas phase is 

flowing.  When the pressure drop reaches a steady-state, both gas and condensate 

reach steady-state fractional flow values. More pore volumes were needed for the 

pressure drop to reach a steady-state value as the flow rate is increased. This 

non-equilibrium effect is well established experimentally (Al-Anazi, 2003). Once 

condensate is built up in the core, the pore volumes required for next steady-state 

at a different flow rate is less as compared to the initial steady-state. 

Non-equilibrium effects increase as the flow rate is increased (as the residence 

time of the fluid in the core decreases significantly). 

The gas and condensate relative permeability increases once the critical 

capillary number is reached. The critical capillary number is defined as the 

capillary number above, which the residual condensate saturation decreases 

sharply with capillary number. Residual saturations are constant below the critical 

capillary number. Hence the gas relative permeability is almost constant for 
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capillary numbers less than the critical capillary number (within experimental 

error).  The change in capillary number in these experiments was due to changes 

in viscous pressure gradient and not due to change in interfacial tension. The IFT 

between gas and condensate phases was experimentally measured to be 4.1 

dynes/cm (Walker 2000) at 145oF and was calculated to be 4.2 dynes/cm at 250oF 

using PREOS.  Therefore, the increase in the gas relative permeability with flow 

rate is due to higher pressure gradients due to higher flow rates.  At a higher flow 

rate, the flowing gas phase strips the condensate resulting in a decrease in 

condensate saturation. Figure 4.28 shows the capillary desaturation curves, which 

illustrates the fact that residual saturation of fluid decreases with capillary number  

(Pope et al., 2000). Accordingly, the gas and condensate relative permeability 

increases.  Figure 4.29 shows gas and Figure 4.30 shows condensate relative 

permeabilities as a function of capillary number. The results obtained are in 

agreement with those reported in the literature (Amaefule and Handy, 1982; 

Boom et al., 1996; Chen et al., 1999; Henderson et al., 2000; Mott et al., 2000; 

Pope et al., 2000; Du et al., 2000; Al-Anazi et al., 2003) and firmly establish the 

capillary number effect on gas and condensate relative permeabilities. 

     

4.4 MODELING EFFECT OF CAPILLARY NUMBER ON RELATIVE 
PERMEABILITY 

The University of Texas (UT) relative permeability model (see Appendix 

A.3) was used to compare the experimental data for gas and condensate relative 

permeabilities at different capillary numbers. The model was tuned by adjusting 

the model parameters to get the best possible fit for the relative permeability data 
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measured from coreflood experiments. Relative permeability data over a wide 

range of capillary number were measured. The relative permeability 

measurements have been analyzed by expressing gas and condensate relative 

permeability as a function of krg/kro (ratio of gas relative permeability to oil 

relative permeability) and capillary number. Most of the data reported is for a 

krg/kro ratio approximately equal to 1. The relation between gas relative 

permeability and capillary number is expressed on a conventional semi-log plot.  

Table 4.7 shows the trapping model parameters used to compare the 

experimental data for Berea sandstone. Figure 4.31 and Figure 4.32 show the 

effect of capillary number on gas and condensate relative permeability at different 

krg/kro. The gas and condensate relative permeability increases sharply as the 

critical capillary number is reached. Figure 4.33 shows the desaturation curve. At 

critical capillary number, the residual saturation decreases sharply which results 

in an increase in the relative permeability to gas. Figure 4.34 and Figure 4.35 

compares the experimental gas and condensate relative permeability 

measurements with the UT trapping number model. The model and data trends 

agree. Experiments plotted here were carried out with different fluids at different 

temperature and pressure. The figure illustrates the fact that there is no effect of 

fluid composition or temperature and pressure conditions on relative permeability 

curves for a fixed krg/kro (saturations) and trapping number.  

4.5 EFFECT OF PVT PROPERTIES ON RELATIVE PERMEABILITY 

 The relative permeability ratio krg/kro can be used to (see Appendix A.4), 

replace saturation, at steady-state (Chopra 1986, Whitson 1999). The ratio krg/kro 
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is equal to fgμg/foμo, which is a ratio determined by the phase behavior and is 

measurable by liquid dropout measurements. The key relation defining pseudo 

steady-state flow in gas condensate wells is the dependence of relative 

permeability krg or kro on the of krg/kro ratio. Determination of krg and kro as a 

function of saturation is not important for calculations at steady-state. The ratio of 

viscosity of gas to viscosity of condensate is around 0.05 (lean fluid) to 0.2 (rich 

fluid). The liquid drop out varies from 1% (lean condensate) to 30% (rich 

condensate). Hence based on these ranges the krg/kro ratio is in the range of 1-10.  

Experiments were performed on Berea sandstone and Texas Cream 

limestone at 200oF. The experimental method used to perform these experiments 

was co-injection as compared to the fluid flashing method used before. In this 

method both equilibrium gas and equilibrium condensate are co-injected at 

different flow rates to achieve the desired krg/kro ratio (see Chapter 3). The 

co-injection method was used to perform experiments at very high krg/kro ratios 

(100), which is difficult to achieve by the flashing method. In flashing method, to 

achieve a high krg/kro ratio, we would need to operate at very near critical 

conditions which are experimentally very difficult due to temperature and 

pressure fluctuations.  

Figure 4.36 and Figure 4.37 show the pressure drop across a Berea 

sandstone core during co-injection at different flow rates of gas and condensate. 

Both gas and condensate flow rates were changed to achieve a wide range of 

krg/kro ratio. The gas relative permeability increases with increasing krg/kro ratio.  

Figure 4.38 shows the pressure drop across a Texas Cream limestone core during 
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co-injection at different flow rates of gas and condensate. Table 4.6 reports gas 

and condensate relative permeabilities in Berea sandstone and Texas Cream 

limestone at different krg/kro ratios. The measured data shows a clear trend of 

increase in gas relative permeability as the krg/kro ratio is increased, but the values 

measured are slightly higher than those reported in the literature. The reason for 

this is not clear but one speculation is that when the flow rate of condensate is 

very low (krg/kro is high) as compared to gas flow rate then large pore volumes 

may be required to achieve a true steady-state which may not have been reached 

in these experiments. The residence time of the condensate in the core may not be 

sufficient. Hence condensate is not able to saturate the core. Figure 4.39 and 

Figure 4.40 shows the measured gas and condensate relative permeability data as 

a function of krg/kro at different capillary number. The figure further supports the 

fact that gas relative permeability is increased as the krg/kro ratio is increased. The 

end point condensate relative permeability was also measured at different flow 

rates by injecting only equilibrium liquid. The condensate end point relative 

permeability increases with capillary number. 

The UT relative permeability model (see Appendix A.3) was used to 

compare the experimental data for gas and condensate relative permeabilities at 

different krg/kro. The same model parameters as tuned in Section 4.3 were used. 

Relative permeability data over a wide range of krg/kro ratio was measured. The 

relation between gas relative permeability and krg/kro is expressed on a 

conventional semi-log plot.  
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Table 4.7 gives the trapping model parameters used. Figures 4.41 

and 4.42 show the effect of krg/kro ratio on gas and condensate relative 

permeability at different capillary number. The model suggests that the relative 

permeability of gas increases as the ratio krg/kro is increased. The increase is sharp 

at capillary numbers greater than the critical capillary number. In the figures it is 

clearly seen that at low capillary numbers the curves are almost similar and at 

capillary number higher then critical capillary number, the curves rise sharply. 

Figures 4.43 and 4.44 compare the experimental gas and condensate relative 

permeability measurements with the UT trapping number model. The model and 

data agree qualitatively but the absolute values differ significantly at very large 

krg/kro ratio. Such large values are very rare in the field so within the range of 

interest (krg/kro ~ 1-10) the experimental values compare well with the model 

values.  

 

4.6 CONCLUSIONS 

Relative permeability data for Berea sandstone and Texas Cream 

limestone were measured at different temperatures and pressures with different 

fluids. A flashing method was used to perform experiments at different capillary 

number and a co-injection method was used to perform experiments at different 

krg/kro ratio. Measurements were made over a wide range of capillary 

number (10-6-10-3) and over wide range of krg/kro ratio (0.3-400). The UT relative 

permeability model was used to compare with the experimental values. The 

measured data agrees well with the model when comparing the capillary number 
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effect. The data was measured using the flashing method in this case. The relative 

permeability of gas increases sharply after the critical capillary number is reached. 

The UT relative permeability model with the same parameters used to 

compare data for the capillary number effect was used to compare data for the 

effect of fractional flow (krg/kro ratio). A co-injection method was used to measure 

the data. The model and data agree well qualitatively showing a trend of 

increasing gas relative permeability with increasing krg/kro ratio. However, the 

measured values are slightly higher than those predicted by the model. This may 

be due to the reason that at very high krg/kro the gas stream is carrying away the 

condensate with itself and not allowing it to reside in core. Such large values of 

krg/kro are very rare in the field and so within the range of interest (krg/kro ~ 1-10) 

the experimental values compare well with the model values. Overall, the data 

and the model agree well within experimental error and the gas relative 

permeability is shown to consistently increase as the capillary number is increased 

and the krg/kro ratio is increased.  
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Table 4.1: Composition of synthetic gas condensate fluids used for Berea 
sandstone and Texas Cream limestone. 

Component Mole % 

Methane 78.5 

n-Butane 15.0 

n-Heptane 5.0 

n-Decane 1.5 

Fluid at 145oF 

  

Component Mole % 

Methane 80.0 

n-Butane 10.0 

n-Heptane 6.0 

n-Decane 4.0 

Fluid at 200oF 

  

Component Mole % 

Methane 83.0 

n-Butane 4.0 

n-Heptane 7.2 

n-Decane 4.0 

Fluid at 250oF 

n-Dodecane 1.8 
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Table 4.2: Critical properties used to compute the phase envelope of synthetic gas 
condensate Fluid-I. 

Component Molecular 
weight Tc (oF) Pc (psig) Acentric 

factor (ω) Vc (cc/mol)

Methane 16.0 -116.6 667.2 0.008 99 

n-Butane 58.1 305.7 551.1 0.193 255 

n-Heptane 100.2 512.7 396.8 0.351 432 

n-Decane 142.3 652.0 305.7 0.490 603 

Table 4.3: Critical properties used to compute the phase envelope of synthetic gas 
condensate Fluid-II. 

Component Molecular 
weight Tc (oF) Pc (psig) Acentric 

factor (ω) Vc (cc/mol)

Methane 16.0 -116.6 667.2 0.008 99 

n-Butane 58.1 305.7 551.1 0.193 255 

n-Heptane 100.2 512.7 396.8 0.351 432 

n-Decane 142.3 652.0 305.7 0.490 603 

Table 4.4: Critical properties used to compute the phase envelope of synthetic gas 
condensate Fluid-III. 

Component Molecular 
weight Tc (oF) Pc (psig) Acentric 

factor (ω) Vc (cc/mol)

Methane 16.0 -116.6 667.2 0.008 99 

n-Butane 58.1 305.7 551.1 0.193 255 

n-Heptane 100.2 512.7 396.8 0.351 432 

n-Decane 142.3 652.0 305.7 0.490 603 

n-Dodecane 170.3 725.3 264.5 0.562 713 
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Table 4.5: Summary of experimental conditions and core properties for 
experiments. 

Exp 
No. 

T(oF), 
P(psig) Core k (md) Swi Experiment to evaluate 

1 145 ,1200 Berea 260 0 2% FS10, 98% Methanol 
2 145 ,1200 Berea 230 40 2% FS10, 98% Methanol 
3 145 ,1200 Berea 230 40 2% FC4430, 98% Methanol 
4 145 ,1200 Berea 230 40 2% FC4432, 98% Methanol 

5 145 ,1200 Berea 220 0 2% FS10, 4%Water, 94% 
Methanol 

6 145 ,1200 Berea 220 0 2% Fluorosyl, 98% Methanol 
7 145 ,1200 TCL 6.2 0 2% FS10, 98% Methanol 

8 145 ,1200 Berea 220 0 2% FS10, 4%Water, 94% 
Methanol 

11 145 ,1200 Berea 14 0 2% FC4432, 4%Water, 94% 
Methanol 

12 145 ,1200 Berea 95 0 2% FC4430, 4%Water, 94% 
Methanol 

13 145 ,1200 Berea 320 0 2%FS10, 4%Water, 94% Methanol

14 250 ,1500 Berea 115 0 2% FC4430, 4%Water, 94% 
Methanol 

15 250 ,1500 Berea 236 0 2% FS10, 4%Water, 94% 
Methanol 

16 250 ,1500 Berea 260 0 2%FC4430, 98%Methanol 

17 250 ,1500 Berea 216 0 0.25% FC4430, 4% Water, 
95.75% Methanol 

18 250 ,1500 Berea 225 0 2% FC4432, 4% Water, 94% 
Methanol 

19 250 ,1500 Berea 487 0 2% FC4430, 4%Water, 94% 
Methanol 

20 250 ,1500 Berea 325 0 2% Zonyl FSO, 4%Water, 94% 
Methanol 

21 250 ,1500 Berea 320 0 1% FC4432, 10%Water, 89% 
Methanol 

22 250 ,1500 TCL 4 0 2% FC4430, 4%Water, 94% 
Methanol 

23 250 ,1500 Berea 512 0 2% FC4430, 25% Water, 73% 
Methanol 
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Table 4.5: Summary of experimental conditions and core properties for 
experiments (continued).  

Exp 
No. 

T(oF), 
P(psig) Core k (md) Swi Experiment to evaluate 

24 250 ,1500 Berea 348 0 2% FC4430, 10%Water, 88% 
Methanol 

25 200 ,480 Berea 477 0 High Capillary Number 
25 200 ,700 Berea 477 0 High Capillary Number 
25 200 ,3000 Berea 477 0 High Capillary Number 
26 200 ,3000 Reservoir 5 0 PVT ratio 
27 200 ,3000 TCL 9 0 PVT ratio 

 

Table 4.6: Measured gas and condensate relative permeability for experiments 
conducted at different temperature and pressure conditions.  

Exp No. 
q_core, 
cc/hr 

ΔP, 
psi 

Capillary 
Number 

(Nc) 

Gas Relative 
Permeability 

(krg) 

Oil Relative 
Permeability 

(kro) 

Relative 
Permeability 
Ratio (krg/kro)

1 85 5.75 1.19×10-5 0.014 0.011 1.292 
2 85 7.50 1.38×10-5 0.011 0.009 1.292 
3 85 7.50 1.38×10-5 0.011 0.009 1.292 
4 85 7.50 1.38×10-5 0.011 0.009 1.292 
5 85 5.75 1.01×10-5 0.014 0.011 1.292 
7 85 25.40 1.26×10-6 0.134 0.104 1.292 
8 672 12.50 2.19×10-5 0.060 0.046 1.292 
8 192 3.20 5.61×10-6 0.066 0.051 1.292 
8 350 5.20 9.12×10-6 0.074 0.057 1.292 
11 85 9.25 1.03×10-6 0.160 0.124 1.292 
11 170 13.32 1.48×10-6 0.224 0.173 1.292 
12 85 6.00 4.54×10-6 0.036 0.028 1.292 
12 170 12.50 9.47×10-6 0.04 0.031 1.292 
13 680 7.86 2.00×10-5 0.065 0.050 1.292 
13 1046 11.85 3.02×10-5 0.067 0.052 1.292 
13 2750 29.50 7.53×10-5 0.072 0.056 1.292 
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13 2900 38.50 9.82×10-5 0.054 0.042 1.292 
13 3356 45.12 1.15×10-4 0.066 0.051 1.292 
14 330 8.67 7.76×10-6 0.080 0.091 0.875 
14 819 17.80 1.59×10-5 0.097 0.111 0.875 
14 1210 23.73 2.12×10-5 0.108 0.123 0.875 
14 1638 30.40 2.72×10-5 0.114 0.130 0.875 
14 1747 33.80 3.03×10-5 0.123 0.141 0.875 
14 2420 39.80 3.56×10-5 0.128 0.146 0.875 
14 2637 43.82 3.92×10-5 0.127 0.145 0.875 
14 3811 59.20 5.30×10-5 0.136 0.155 0.875 
15 432 9.80 1.80×10-5 0.045 0.051 0.875 
15 2054 36.50 6.71×10-5 0.057 0.065 0.875 
15 2578 42.29 7.77×10-5 0.062 0.071 0.875 
15 3982 57.24 1.05×10-4 0.072 0.082 0.875 
16 1170 13.80 2.79×10-5 0.079 0.090 0.875 
16 2340 32.80 6.64×10-5 0.064 0.073 0.875 
16 4001 52.80 1.07×10-4 0.071 0.081 0.875 
16 4589 58.72 1.19×10-4 0.073 0.083 0.875 
16 6938 76.80 1.55×10-4 0.084 0.096 0.875 
17 1170 15.49 2.61×10-5 0.080 0.091 0.875 
17 2340 37.72 6.34×10-5 0.067 0.077 0.875 
17 3804 54.05 9.09×10-5 0.079 0.090 0.875 
18 1508 26.62 4.66×10-5 0.064 0.073 0.875 
18 2678 47.68 8.35×10-5 0.064 0.073 0.875 
19 5430 7.96 8.05×10-5 0.127 0.145 0.875 
20 2430 12.40 3.14×10-5 0.053 0.061 0.875 
21 2430 12.40 3.14×10-5 0.053 0.061 0.875 
22 680 203.25 6.49×10-6 0.224 0.256 0.875 
22 1505 398.65 1.27×10-5 0.198 0.226 0.875 
23 2340 12.72 5.07×10-5 0.074 0.085 0.875 
24 3923 19.48 5.28×10-5 0.062 0.071 0.875 
25 1806 7.66 1.15×10-5 0.108 0.044 2.455 
25 5442 20.20 3.03×10-5 0.124 0.051 2.431 
25 9086 29.19 4.38×10-5 0.143 0.058 2.466 
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25 7890 25.68 4.74×10-5 0.141 0.095 1.484 
25 814 2.56 3.35×10-4 0.203 0.215 0.944 
25 1493 4.18 5.47×10-4 0.228 0.241 0.946 
25 2035 4.43 5.80×10-4 0.293 0.310 0.945 
26 1018 36.72 5.24×10-5 0.147 0.415 0.355 
26 255 10.74 9.90×10-6 0.274 0.372 0.738 
26 675 36.00 3.02×10-5 0.255 0.284 0.897 
26 1127 17.29 5.15×10-5 0.299 0.167 1.797 
26 191 9.67 5.90×10-6 0.460 0.208 2.214 
26 183 16.21 5.72×10-6 0.474 0.161 2.952 
26 515 26.56 1.62×10-5 0.475 0.151 3.140 
26 999 85.74 4.20×10-5 0.367 0.088 4.192 
26 342 12.79 6.56×10-6 0.828 0.140 5.905 
26 409 17.38 7.81×10-6 0.842 0.118 7.149 
26 532 28.22 1.06×10-5 0.817 0.087 9.433 
26 654 35.06 1.38×10-5 0.778 0.066 11.698 
26 467 17.48 1.07×10-5 0.721 0.057 12.562 
26 465 22.66 1.06×10-5 0.730 0.051 14.356 
26 805 68.75 1.72×10-5 0.774 0.053 14.502 
26 927 49.51 2.14×10-5 0.720 0.043 16.768 
26 917 84.38 2.24×10-5 0.688 0.024 28.745 
26 455 15.92 9.72×10-6 0.792 0.016 50.247 
26 455 9.38 9.72×10-6 0.792 0.014 57.425 
26 907 15.92 2.20×10-5 0.701 0.006 114.978 
26 452 15.33 9.36×10-6 0.823 0.004 200.989 
26 904 35.55 2.17×10-5 0.710 0.002 402.424 
27 96 13.55 3.43×10-5 0.319 0.358 0.891 
27 160 16.94 4.29×10-5 0.425 0.238 1.783 
27 288 22.51 5.70×10-5 0.576 0.161 3.565 
27 544 29.85 7.55×10-5 0.820 0.115 7.130 
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Table 4.7: UT relative permeability model parameters to model measured gas and 
condensate relative permeabilities. 

Nc_gas 1.00×10-7 
Swr 0 
Sor 0.3 
Sgr 0.25 

kro
o 0.3 

krg
o 0.45 

Corey oil exponent 2 
Corey gas exponent 3.6 

Tw 100 
To 10,000,000
Tg 3,000,000 
tw 1.1 
to 2 
tg 2 
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Figure 4.1 Phase envelope for Fluid-I generated using PREOS. 
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Figure 4.2 Experimental and simulated liquid dropout (V/Vt) curves for Fluid-I. 
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Figure 4.3 Simulated gas viscosities for Fluid-I generated using PREOS at 145oF. 
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Figure 4.4 Simulated liquid viscosities for Fluid-I generated using PREOS at 
145oF. 
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Figure 4.5 Simulated interfacial tension between gas and condensate for Fluid-I 
using PREOS at 145oF. 
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Figure 4.6 Phase envelope for Fluid-II generated using PREOS. 
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Figure 4.7 Simulated liquid dropout (V/Vt) curve for Fluid-II at 200oF 
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Figure 4.8 Simulated gas viscosities for Fluid-II generated using PREOS at 200oF. 
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Figure 4.9 Simulated liquid viscosities for Fluid-II generated using PREOS at 
200oF. 
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Figure 4.10 Simulated interfacial tension between gas and condensate for Fluid-II 
using PREOS at 200oF. 
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Figure 4.11 Phase envelope for Fluid-III generated using PREOS 
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Figure 4.12 Experimental and simulated liquid dropout (V/Vt) curves for Fluid-III 
at 250oF. 
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Figure 4.13 Simulated gas viscosities for Fluid-III generated using PREOS at 
250oF. 
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Figure 4.14 Simulated liquid viscosities for Fluid-III generated using PREOS at 
250oF. 
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Figure 4.15 Simulated interfacial tension between gas and condensate for Fluid-
III using PREOS at 250oF. 
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Figure 4.16 Pressure drop across the core during methane flow at 3,000 psig and 
145oF in Texas Cream Limestone. 
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Figure 4.17 Pressure drop across different sections in the core during methane 
flow at 3,000 psig and 145oF in Texas Cream Limestone. 
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Figure 4.18 Pressure drop across the core during methane flow at 3,000 psig and 
145oF in Berea sandstone. 
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Figure 4.19 Pressure drop across different sections in the core during methane 
flow at 3,000 psig and 145oF in Berea sandstone. 
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Figure 4.20 Pressure drop across cores during dynamic condensate accumulation 
at 1,200 psig and 145oF at 85 cc/hr in Texas Cream limestone. 
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Figure 4.21 Pressure drop across different sections during dynamic condensate 
accumulation at 1,200 and 145oF psig and 85 cc/hr in Texas Cream 
limestone. 
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Figure 4.22 Pressure drop across core during dynamic condensate accumulation at 
1,500 psig and 250oF at different flow rates in Texas Cream 
limestone. 
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Figure 4.23 Pressure drop across core during dynamic condensate accumulation at 
1,200 psig and 145oF at 85 cc/hr in Berea sandstone. 
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Figure 4.24 Pressure drop across the core during dynamic condensate 
accumulation at 1,200 and 145oF at 85 cc/hr in Berea sandstone with 
Swi=0.40. 
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Figure 4.25 Pressure drop across the core during dynamic condensate 
accumulation at 1,500 psig and 250oF in Berea sandstone at different 
flow rates. 
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Figure 4.26 Pressure drop across the core during dynamic condensate 
accumulation at 1,500 psig and 250oF in Berea sandstone at different 
flow rates. 
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Figure 4.27 Pressure drop across the core during dynamic condensate 
accumulation at 3,000 psig and 200oF psig in Berea sandstone at different flow 
rates. 
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Figure 4.28 Desaturation curves for Berea sandstone. 
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Figure 4.29 Effect of capillary number on measured gas relative permeability in 
Berea sandstone.  
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Figure 4.30 Effect of capillary number on measured oil relative permeability in 
Berea sandstone. 
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Figure 4.31 Effect capillary number on calculated gas relative permeability based 
on UT relative permeability model at different krg/kro ratio. 
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Figure 4.32 Effect capillary number on calculated oil relative permeability based 
on UT relative permeability model at different krg/kro ratio. 
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Figure 4.33 Effect of capillary number on residual oil saturation based on UT 
relative permeability model. 
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Figure 4.34 Comparison of measured and calculated gas relative permeability 
with capillary number at krg/kro=1. 
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Figure 4.35 Comparison of measured and calculated oil relative permeability with 
capillary number at krg/kro=1. 
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Figure 4.36 Pressure drop across the core during co-injection condensate 
accumulation at 2200 psig and 200oF at different flow rates in Berea 
sandstone. 
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Figure 4.37 Pressure drop across the core during co-injection condensate 
accumulation at 2200 psig and 200oF at different flow rates in Berea 
sandstone.  
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Figure 4.38 Pressure drop across the core during co-injection condensate 
accumulation at 2200 psig and 200oF at different flow rates in Texas 
Cream limestone. 
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Figure 4.39 Effect of krg/kro ratio on measured gas relative permeability at 
different capillary numbers. 
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Figure 4.40 Effect of krg/kro ratio on measured oil relative permeability at 
different capillary numbers.  
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Figure 4.41 Effect of krg/kro ratio on calculated (UT relative permeability) gas 
relative permeability at different capillary numbers. 
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 Figure 4.42 Effect of krg/kro ratio on calculated (UT relative permeability) oil 
relative permeability at different capillary numbers. 
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Figure 4.43 Comparing the effect of krg/kro ratio on measured and calculated (UT 
relative permeability) model gas relative permeability at different 
capillary numbers. 
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Figure 4.44 Effect of krg/kro ratio on measured oil relative permeability at different 
capillary numbers 
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Chapter 5: Post Treatment Relative Permeability Measurement  

5.1 INTRODUCTION 

Steady-state relative permeabilities were measured at different 

temperatures and pressures in Berea sandstone and Texas Cream limestone after 

the chemical treatment using the experimental procedures given in Chapter 3.  

The same fluids were used as those used in Chapter 4 i.e. Fluid-I for 145oF and 

Fluid-III for 250oF temperature. Coreflood experiments were carried out at 145oF 

and 250oF to measure gas and condensate relative permeabilities after the 

treatment with surfactant at same experimental conditions. The relative 

improvement after the chemical treatment in gas and condensate relative 

permeability was investigated by modeling and experimentation. The measured 

gas and condensate relative permeability data after the treatment was modeled 

using the UT trapping number model.  The structure of chemicals used for the 

treatment and the reaction chemistry involved is described and discussed in detail 

in Chapter 6. Different parameters that affect the relative improvement were 

studied. The parameters studied were effect of flow rate of gas-condensate fluid 

after the treatment, effect of treatment flow rate, effect of initial water saturation, 

effect of concentration of water in the treatment solution and effect of temperature 

and fluid composition on relative improvement of gas and condensate relative 

permeabilities. 
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5.2 EFFECT OF CHEMICAL TREATMENT AT LOW TEMPERATURES 

Dynamic condensate accumulation coreflood experiments were performed 

in Berea sandstone and Texas Cream limestone at 145°F before and after 

chemical treatment. The procedure for chemical treatment is described in 

Chapter 3. Chemicals were evaluated based on initial screening criteria as 

discuss in detail in Chapter 6. Table 5.1 lists the different experiments with 

treatment specifications. Table 5.2 compares the gas and condensate relative 

permeability in different experiments before and after the chemical treatment. 

Figure 5.1 compares the pressure drop during dynamic condensate accumulation 

before and after chemical treatment with chemical FS10 at 1,200 psig and a flow 

rate of 85 cc/hr in Berea sandstone. The pressure drop during the chemical 

treatment at 1,200 psig and a flow rate of 32 cc/hr is shown in Figure B.2.1.6. 

The treatment volume injected was 20 pore volumes and the composition of 

treatment solution was 98 weight % methanol and 2weight % FS10. The 

treatment did not improve the gas or condensate relative permeability nor did it 

damage the core. Permeability of the core was measured before and after the 

treatment to investigate any change due to chemical treatment. 

 Figure 5.2 shows the pressure drop during dynamic condensate 

accumulation before and after chemical treatment with chemical FS10 at 1,200 

psig and a flow rate of 85 cc/hr in Berea sandstone at 40% initial water saturation.  

The pressure drop during the treatment at 1,200 psig and a flow rate of 32 cc/hr is 

shown in Figure B.2.2.6. 20 pore volumes of the treatment solution whose 

composition was 98 weight %  methanol and 2 weight %  FS10 were injected. 
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The treatment improved the gas and condensate relative permeability by a factor 

of 2.5. The improvement in this case was a coupled effect of removal of initial 

water by methanol and decreased in residual saturation of condensate due to 

wettability change from water wet to intermediate gas wet by chemical treatment. 

Dynamic condensate accumulation after the methanol treatment was also 

performed to show individual improvement due to chemical treatment and 

methanol treatment.  Methanol is miscible with water and so water is displaced 

from the core thus giving an improvement in gas and condensate relative 

permeability.  

 Figure 5.3 shows the pressure drop during dynamic condensate 

accumulation before and after treating with chemical FS10 at 1,200 psig and 

145oF at a flow rate of 85 cc/hr in Berea sandstone with no initial water 

saturation. The pressure drop during the treatment at 1,200 psig and 145oF at a 

flow rate of 32 cc/hr is shown in Figure B.2.5.4. 20 pore volumes of the treatment 

solution whose composition was 94 weight %  methanol, 4 weight %  water and 2 

weight %  FS10 were injected. The treatment improved the gas and condensate 

relative permeability by a factor of two. Since there was no initial water present, 

the improvement is contributed by chemical treatment only. Possible mechanism 

and detailed chemistry of the molecule FS10 is described in Chapter 6. The post 

treatment condensate flood pressure drop has a different shape then as seen in 

other post treatment floods. The reason for this unusual shape is not clear but one 

may speculate that due to chemical reaction going between chemical and rock 

surface like polymerization may have caused this shape.  
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Figure 5.4 shows the pressure drop during dynamic condensate 

accumulation before and after treating with chemical FC4430 at 1,200 psig and 

145oF at a flow rate of 85 cc/hr in Berea sandstone with 40% initial water 

saturation. The pressure drop during the treatment at 1,200 psig and a flow rate of 

32 cc/hr is shown in Figure B.2.3.6. 20 pore volumes of the treatment solution 

whose composition was 98 weight %  methanol and 2 weight %  FC4430 were 

injected. The treatment improved the gas and condensate relative permeability by 

a factor of 2.7. The improvement in this case is a coupled effect of removal of 

initial water by methanol and decreased in residual saturation of condensate due 

to wettability change from water wet to intermediate gas wet by chemical 

treatment. Dynamic condensate accumulation after methanol was also performed 

to quantify the improvement due to chemical treatment. Improvement in gas and 

condensate relative permeability due to chemical treatment was by a factor of 1.8.  

 Figure 5.5 shows the pressure drop during dynamic condensate 

accumulation before and after treating with chemical FC4432 at 1,200 psig and 

145oF at a flow rate of 85 cc/hr in Berea sandstone at 40% initial water saturation. 

The pressure drop during the treatment at 1,200 psig and a flow rate of 32 cc/hr is 

shown in Figure B.2.4.6. 20 pore volumes of the treatment solution whose 

composition was 98 weight %  methanol and 2 weight %  FC4432 were injected. 

The treatment improved the gas and condensate relative permeability by a factor 

of 3.8. The improvement in this case is a coupled effect of removal of initial water 

by methanol and decreased in residual saturation of condensate due to wettability 

change from water wet to intermediate gas wet by chemical treatment. Dynamic 
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condensate accumulation after methanol was also performed to quantify the 

improvement due to chemical treatment. Improvement in gas and condensate 

relative permeability due to chemical treatment was by a factor of 2.3.  

Figure 5.6 shows the pressure drop while treatment with chemical 

Fluorosyl at 1,200 psig and 145oF at a flow rate of 32 cc/hr in Berea sandstone 

with no initial water saturation.  The treatment solution whose composition was 

98 weight %  methanol and 2 weight %  Fluorosyl was injected. The treatment 

solution plugged the core as seen from the pressure drop, which keeps on rising as 

more and more solution is injected. The core analysis suggested that the chemical 

plugged the inlet face of the core. Thick film was observed at the inlet surface on 

the core. One possible reason may be due to self-polymerization of the chemical 

as soon as it comes in contact with the porous surface. There was no polymerized 

material observed in the tubing so the polymerization has to be at the surface of 

the porous media.  

The improvement in gas and condensate relative permeability by chemical 

treatment was observed at 145oF. The improvement was higher in the case with 

initial water saturation. The presence of water in the core either in the form of 

residual water saturation or injected with the treatment solution provides chemical 

interaction between the rock surface and the different chemicals used. Chemical 

FC4432 showed the maximum improvement in gas and condensate relative 

permeabilities followed by FC4430 and FS10. Fluorosyl chemical plugged the 

core at 145oF. No improvement was observed when there was no water present. 
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Each experiment was 38-40 hrs of post treatment gas condensate fluid injection. 

The improvement was stable for these long absolute times. 

 

5.3 EFFECT OF CHEMICAL TREATMENT AT HIGH TEMPERATURES 

Investigation of chemical performance at high temperature was done by 

performing dynamic condensate accumulation coreflood experiments in Berea 

sandstone at 250°F before and after the chemical treatment. Table 5.1 lists the 

different experiments with treatment specifications in Berea sandstone at 250oF. 

Table 5.2 compares gas and condensate relative permeability in different 

experiments before and after the chemical treatment. Figures 5.7 and 5.8 show 

the pressure drop during dynamic condensate accumulation at 1,500 psig and 

250oF at different flow rates in Berea sandstone with no initial water saturation 

before and after treating with chemical FC4430 respectively. The pressure drop 

during the treatment at 1,500 psig and 250oF at a flow rate of 254 cc/hr is shown 

in Figure B.2.14.2. 20 pore volumes of the treatment solution whose composition 

was 94 weight %  methanol, 4 weight %  water and 2 weight %  FC4430 were 

injected. The treatment improved the gas and condensate relative permeability by 

a factor of three at 330 cc/hr and by a factor of 1.5 at 3000 cc/hr. Experiment 

shows that the improvement decreases as the post injection of gas mixture flow 

rate is increased and since there was no initial water present. The improvement is 

observed to be lower at high flow rates because the potential of improvement is 

reduced due to lower liquid residual saturations at high flow rates (high capillary 
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number). In this experiment no initial water saturation was present hence the 

improvement is contributed by chemical treatment only.  

Figure 5.9 and Figure 5.10 shows the pressure drop during dynamic 

condensate accumulation at 1,500 psig and 250oF at different flow rates in Berea 

sandstone at no initial water saturation before and after treating with chemical 

FC4430 respectively. The pressure drop during the treatment at 1,500 psig and 

250oF at a flow rate of 456 cc/hr is shown in Figure B.2.17.3. 20 pore volumes of 

the treatment solution whose composition was 95.75 weight %  methanol, 4 

weight %  water and 0.25 weight %  FC4430 was injected. The treatment 

improved the gas and condensate relative permeability by a factor of three at 2340 

cc/hr and by a factor of 1.6 at 3800 cc/hr. Experiment shows that the improvement 

decreases as the flow rate is increased and since there was no initial water present, 

the improvement is contributed by chemical treatment only. The chemical 

FC4430 shows an improvement even at a concentration of 0.25 weight %. Figure 

5.9 shows sectional pressure drops in the core. It is observed that pressure drop is 

same in top-middle and middle-bottom section whereas bottom-outlet sectional 

pressure drop is higher then others. This is due to different length of the core in 

the sections which occur while placing the core in the core-holder.  

The capillary end effects are not significant in these experiments due to 

the presence of high flow rates and low interfacial tension. The pressure gradient 

across the core length should be same in all the sections, if no capillary end 

effects are present at a given flow rate. At the end of the experiment the core was 

analyzed for the length between each section and pressure gradient was calculated 
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for each section. The gradient was same for each section as well as for the whole 

core.   

Figure 5.10 and Figure 5.11 shows the pressure drop during dynamic 

condensate accumulation at 1,500 psig and 250oF at different flow rates in Berea 

sandstone with no initial water saturation before and after treating with chemical 

FC4432 respectively. The pressure drop during the treatment at 1,500 psig and 

250oF at a flow rate of 504 cc/hr is shown in Figure B.2.21.3. 20 pore volumes of 

the treatment solution whose composition was 94 weight %  methanol, 4 weight 

%  water and 2 weight %  FC4432 were injected. The treatment improved the gas 

and condensate relative permeability by a factor of 1.2 at 1508 cc/hr and by a 

factor of 1.1 at 2678 cc/hr. The difference between pretreatment and post-

treatment steady-state pressure drop was 6 psi at 1508 cc/hr. Based on the 

accuracy of transducer (0.5% of full scale {50 psi}) the difference in steady-state 

pressure drop range from 5.75 psi to 6.25 psi. Hence, there is a small 

improvement due to treatment and it is not just experimental noise. Although, 

Experiment-18 shows that the improvement is not significant from economic 

point of view or from field trial point of view with FC4432 chemical but FC4432 

chemical showed a factor of 3 improvement at lower temperature of 145oF. 

Figure 5.10 shows that bottom-outlet sectional pressure drop is higher then all 

other sectional pressure drops and inlet-top sectional pressure is lower then all 

other pressure drops. This was due to the fact that the while placing the core in the 

core-holder the bottom-outlet section holds 2.67" of the core which results in 

having an inlet-top section of length 1.33". Hence, a total pressure drop of 48 psi 
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at flow rate of 2717 cc/hr gives 6 psi pressure drop per inch of the core which 

translates to 15.7 psi for bottom-outlet section and 7.8 psi for inlet-top section 

which is observed in the sectional pressure drops. 

Figure 5.12 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at a flow rate of 5430 cc/hr in Berea 

sandstone with no initial water saturation before and after treating with chemical 

FC4430. The pressure drop during the treatment at 1,500 psig and 250oF at a flow 

rate of 803 cc/hr is shown in Figure B.2.19.3. 40 pore volumes of the treatment 

solution whose composition was 94 weight %  methanol, 4 weight %  water and 2 

weight %  FC4430 were injected. The treatment improved the gas and condensate 

relative permeability by a factor of 2 at 5430 cc/hr. Large pore volumes (3600) of 

gas condensate mixture were flooded after post treatment to evaluate the 

durability of the chemical with time. Experiment-19 shows an improvement by 

factor of 2 with FC4430 for long times. The treatment is present for large pore 

volumes thus establishing the durability of chemical. Even at high flow rate of 

5430 cc/hr, the improvement is by a factor of 2. The treatment was stable for long 

flowing times and absolute times (3 days).   

Figure 5.13 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at a flow rate of 2430 cc/hr in Berea 

sandstone with no initial water saturation before and after treating with chemical 

Zonyl-FSO. The pressure drop during the treatment at 1,500 psig and 250oF at a 

flow rate of 504 cc/hr is shown in Figure B.2.20.3. 20 pore volumes of the 

treatment solution whose composition was 94 weight %  methanol, 4 weight %  
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water and 2 weight %  Zonyl-FSO were injected. The treatment did not improve 

the gas and condensate relative permeability. The measured pressure drop steady-

state values before (10.3 psi) and after (12.4) were similar within the experimental 

noise. The treatment did not damaged the core permeability.  

Chemical FC4430 significantly improved the gas and condensate relative 

permeability at 250oF and at different post treatment gas injection rates. The 

treatment was stable for long times both flowing times (3600 pore volumes) and 

absolute times (3 days). The difference in sectional pressure drops at steady-state 

was not due to capillary end effects but was due to difference in core length in 

inlet-top and bottom-outlet section. Chemical FS10, FC4432 and Zonyl-FSO did 

not give improvement in gas and condensate relative permeability at the 

temperature of 250oF. 

 

5.4 EFFECT OF WATER CONCENTRATION ON CHEMICAL TREATMENT 

Dynamic condensate accumulation coreflood experiments were performed 

on Berea sandstone at 145oF and 250°F before and after chemical treatment. The 

procedure is described in chapter 3. The treatment solution composition was 

varied by changing the weight percent of water in the solution. A detailed 

discussion is presented in chapter 6 on effect of water on chemical interaction of 

chemical with the rock surface. 

Table 5.1 lists the treatment specifications in Berea sandstone at 145oF 

and 250oF for different treatment solution composition by varying the water 

concentration. Table 5.3 shows the effect of water concentration in the treatment 
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solution at different temperatures. Figure 5.15 shows the pressure drop during 

dynamic condensate accumulation at 1,200 psig and 145oF at a flow rate of 85 

cc/hr in Berea sandstone with no initial water saturation before and after treating 

with chemical FC4430. The pressure drop during the treatment at 1,200 psig and 

145oF at a flow rate of 254 cc/hr is shown in Figure B.2.5.6. 20 pore volumes of 

the treatment solution whose composition was 94 weight %  methanol, 4 weight 

%  water and 2 weight %  FC4430 were injected. The treatment improved the gas 

and condensate relative permeability by a factor of three at 85 cc/hr.   

Figure 5.7 and 5.8 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF and at different flow rates in Berea 

sandstone at no initial water saturation before and after treating with chemical 

FC4430 respectively. The pressure drop during the treatment at 1,500 psig and 

250oF at a flow rate of 254 cc/hr is shown in Figure B.2.14.2. 20 pore volumes of 

the treatment solution whose composition was 94 weight %  methanol, 4 weight 

%  water and 2 weight %  FC4430 were injected. The treatment improved the gas 

and condensate relative permeability by a factor of three at 330 cc/hr and by a 

factor of 1.5 at 3000 cc/hr. Experiment-14 shows that the improvement decreases 

as the flow rate is increased and since there was no initial water present, the 

improvement is contributed by chemical treatment only. 

Figure 5.13 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at different flow rates in Berea sandstone 

with no initial water saturation before and after treating with chemical FC4430. 

The pressure drop during the treatment at 1,500 psig and a flow rate of 451 cc/hr 
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is shown in Figure B.2.17.3. 20 pore volumes of the treatment solution whose 

composition was 98 weight %  methanol and 2 weight %  FC4430 were injected. 

The treatment did not improve the gas and condensate relative permeability. 

Experiment-16 shows that presence of water makes the treatment effective. If 

there is no water present then there is no chemical interaction between the 

chemical and the rock surface. The presence of hydrated surface provides the 

interaction. 

Figure 5.16 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at a flow rate of 3923 cc/hr in Berea 

sandstone with no initial water saturation before and after treating with chemical 

FC4430. The pressure drop during the treatment at 1,500 psig and a flow rate of 

901 cc/hr is shown in Figure B.2.24.3. 20 pore volumes of the treatment solution 

whose composition was 88 weight %  methanol, 10 weight %  water and 2 weight 

%  FC4430 were injected. The treatment improved the gas and condensate 

relative permeability by a factor of two at 3923 cc/hr. Experiment-24 shows that 

the improvement was significant even after changing the water concentration to 

10 weight %  in the treatment solution.  

Figure 5.17 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at a flow rate of 2340 cc/hr in Berea 

sandstone with no initial water saturation before and after treating with chemical 

FC4430. The pressure drop during the treatment at 1,500 psig and 250oF at a flow 

rate of 454 cc/hr is shown in Figure B.2.23.3. 12 pore volumes of the treatment 

solution whose composition was 73 weight %  methanol, 25 weight %  water and 
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2 weight %  FC4430 were injected. The treatment improved the gas and 

condensate relative permeability by a factor of 1.5 at 2340 cc/hr. Experiment-23 

shows that the improvement was less as compared to treatment solution with 4 

weight %  water or 10 weight %  water but still significant even after changing the 

water concentration to a high of 25 weight % .  

Figure 5.18 shows the effect of water concentration in the treatment 

solution on improvement of gas relative permeability after chemical treatment at 

different temperatures. The concentration of water was varied from 0% to 25%. 

There was no improvement in the gas relative permeability when no water was 

present in the treatment solution for the experiments done without initial water 

saturation. There was improvement with no water in the treatment solution for 

experiments done at 40% initial water saturation. Methanol is miscible with 

water, so it displaces the initial water saturation when present, which modestly 

increases the gas relative permeability. Therefore, most experiments were done 

without initial water saturation so that the improvement in gas relative 

permeability could be attributed entirely to the effect of the treatment on the 

condensate blockage. In addition, some experiments were done without surfactant 

in the methanol so the results could be compared.  

With both 4% and 10% water in the treatment solution, the chemical 

treatment showed an improvement in gas relative permeability, but the 

performance decreased when the water concentration increased to 25%. Although 

some water in the treatment solution improves its performance, the water reduces 

the solubility of the surfactant in the solvent and eventually it reaches a cloud 
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point since it is a non-ionic surfactant. The solubility of the surfactant also 

decreases as temperature increases. Thus, we expect there will be an optimum 

concentration of water for each application depending on the surfactant, 

temperature and the initial water saturation in the rock. The presence of water is 

required for chemical interaction between the chemical and the rock surface. The 

concentration of water should not be very high such as 50 weight % as the 

treatment solution will reach its cloud point and the chemical will be precipitated 

before it reaches the rock surface. Chapter six discusses the solubility and cloud 

point measurements. The concentration of water is also significant from the point 

of delivering the chemical. The flash point of the treatment solution increases as 

the concentration of water in the treatment solution increases. More is the flash 

point of the treatment solution more safe is the injection.  

 

5.5 EFFECT OF FLOW RATE ON CHEMICAL TREATMENT 

Dynamic condensate accumulation coreflood experiments were performed 

on Berea sandstone at 145oF and 250°F at different flow rates after chemical 

treatment procedure described in chapter 3 to investigate the effect of flow rate on 

improvement factor. Table 5.4 summarizes the improvement factor achieved at 

different flow rates. The flow rate range covered was from 85 cc/hr to as high as 

4000 cc/hr. The improvement in gas and condensate relative permeability after 

chemical treatment does not show a firm trend with the post treatment gas mixture 

flow rate but it suggests that as the flow rate is increased the improvement is 

decreased. Figure 5.19 shows factor of improvement for different experiments 
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conducted with varying flow rates at different temperatures, pressures and with 

different synthetic gas condensate fluids.  The potential for improvement at high 

flow rates decreases as the residual liquid saturation decreases with increase in 

capillary number. Hence, at high capillary numbers the treatment is less effective 

as compared to low capillary numbers.  

Table 5.5 summarizes the improvement factor achieved at different 

treatment solution flow rates. The flow rate range covered was from 32 cc/hr to as 

high as 1192 cc/hr. The improvement in gas and condensate relative permeability 

after chemical treatment does not show a firm trend with treatment flow rate but it 

suggests that as the flow rate is increased the improvement is decreased. Figure 

5.20 shows factor of improvement for different experiments conducted with 

varying treatment solution flow rates at different temperatures, pressures and with 

different synthetic gas condensate fluids. There is no clear trend which suggests 

any correlation between the treatment rate and the improvement factor. The data 

suggest that there may be a critical treatment rate above which the improvement is 

independent of treatment flow rate. The treatment rate should not be very high as 

it will not allow enough residence time for the chemical to interact with the rock 

surface. The residence time in the core is a key factor in determining the treatment 

flow rate. It is preferred to perform the treatment at low flow rates to give enough 

time for the interaction between the chemical and porous media. Very low 

treatment flow rates (residence time greater than 1 hour) are recommended and 

will be investigated in future work. 
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5.6 EFFECT OF CHEMICAL TREATMENT ON LIMESTONE 

Dynamic condensate accumulation coreflood experiments were performed 

on Texas Cream limestone at 145oF and 250°F after chemical treatment procedure 

as described in chapter 3. The experiments were performed to evaluate the 

chemicals for limestone.  Table 5.1 and 5.2 shows the treatment results and 

specification for experiments in Texas Cream limestone at 145oF and 250oF. 

There is no improvement observed due to chemical treatment in Texas Cream 

limestone. 

Figure 5.21 shows the pressure drop during dynamic condensate 

accumulation at 1,200 psig and 145oF at a flow rate of 85 cc/hr in Texas Cream 

limestone with no initial water saturation before and after treating with chemical 

FS10. The pressure drop during the treatment at 1,200 psig and 145oF at a flow 

rate of 32 cc/hr is shown in Figure B.2.7.7. 20 pore volumes of the treatment 

solution whose composition was 98 weight %  methanol and 2 weight %  FS10 

were injected. The treatment did not improve the gas and condensate relative 

permeability. Figure 5.22 shows the pressure drop in bottom-outlet section, 

middle-bottom section before and after the treatment. The pressure drop in inlet-

top section and top-middle section was not measured due to plugging of the 

pressure taps. There is no improvement observed from the sectional pressure drop 

data, the small difference between the pre and post treatment in middle-bottom 

section is within the experimental noise. 

Figure 5.23 shows the pressure drop during dynamic condensate 

accumulation at 1,500 psig and 250oF at different flow rates in Texas Cream 
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limestone with no initial water saturation before and after treating with chemical 

FC4430. The pressure drop during the treatment at 1,500 psig and 250oF at a flow 

rate of 254 cc/hr is shown in Figure B.2.22.3. 20 pore volumes of the treatment 

solution whose composition was 94 weight %  methanol, 4 weight %  water and 2 

weight %  FC4430 were injected. The treatment did not improve the gas and 

condensate relative permeability in limestone at 250oF. The steady-state pressure 

drop after the treatment is higher then the pretreatment steady-state pressure drop.  

 

5.7 MODELING RELATIVE PERMEABILITY AFTER TREATMENT 

The UT relative permeability model (see Appendix A.3) was used to 

compare the experimental data for gas and condensate relative permeabilities at 

different capillary numbers. The model was tuned by adjusting the model 

parameters to get the best possible fit for the relative permeability data measured 

from coreflood experiments after chemical treatment. Relative permeability data 

over a wide range of capillary number were measured. The relative permeability 

measurements have been analyzed by expressing gas and condensate relative 

permeability as a function of krg/kro (ratio of gas relative permeability to oil 

relative permeability) and capillary number. Most of the data reported is for krg/kro 

ratio equal to 1. The relation between gas relative permeability and capillary 

number is expressed on a conventional semi-log plot.  

Table 5.6 gives the trapping model parameters used to compare the 

experimental data. Figure 5.24 compares the effect of capillary number on gas 

relative permeability at different krg/kro before and after the treatment. The gas 
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relative permeability increases sharply as the critical capillary number is reached. 

The improvement in gas relative permeability as the krg/kro ratio increases is more 

significant as compared to low krg/kro ratio. The improvement at very high 

capillary numbers (10-3) is lower at a given krg/kro ratio. This is due to the fact that 

at high capillary numbers the residual saturation is lower and the potential for 

relative improvement decreases.  Figure 5.25 shows that at low capillary numbers 

the improvement increases as the krg/kro ratio increases. The improvement is not 

significant at high capillary numbers with increasing krg/kro ratio as the potential 

for improvement decreases at both high capillary number and high krg/kro ratio. 

Figure 5.26 compares desaturation curve for residual condensate saturation with 

capillary number before and after treatment. The residual saturation difference 

before and after treatment decreases as the capillary number increases. At critical 

capillary number the residual saturation decreases sharply. Figure 5.27 and 5.28 

compares the experimental gas and condensate relative permeability 

measurements with the UT trapping model after the treatment respectively. The 

model and data agree in their trend with capillary number. The experiments were 

carried out with different fluids at different temperature and pressure. This figure 

illustrates that there is no effect of different types of gas condensate fluids, 

temperature and pressure conditions on relative permeability. 

Table 5.7 shows average and standard deviation of improvement factor 

based on gas relative permeability. Experiment was considered a success if there 

was an improvement of greater than 3. The average improvement is 2.13 with a 

standard deviation of 0.7. Hence, the range varies from 1.43-2.83.  
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5.8 CONCLUSIONS 

Relative permeability data for Berea sandstone and Texas Cream 

limestone were measured at different temperatures and pressures with different 

fluids after treating with different chemicals at different treatment rates. The 

treatment solution was composed of methanol, water and the chemical. Chemical 

FS10 showed an improvement by a factor of two when there was water present in 

the treatment solution (4 weight %) at 145oF but no improvement was shown 

when water was absent from the treatment solution and no initial water was 

present in the Berea sandstone core. The chemical was not effective at higher 

temperatures of 250oF even in the presence of water. This suggests that the 

chemical may be undergoing self-polymerization in the solution itself at higher 

temperatures. Fluorosyl chemical caused plugging in the core at 145oF. FC4432 

chemical showed the same trend as shown by FS10 chemical. The FC4432 

chemical showed significant improvement (3.8 times) at lower temperature of 

145oF but did not show significant improvement (1.2) at higher temperature of 

250oF. Chemical Zonyl-FSO did not show a significant improvement (1.2) at 

250oF. The chemical, which showed the best improvement, was FC4430. The 

improvement was significant at both low and high temperatures of 145oF and 

250oF. The treatment flow rate did not have a significant effect on the 

improvement factor. The effect of post treatment flow rate in some of the 

experiments caused the improvement factor to decrease with increasing flow rate. 
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Experiments on limestone did not saw any improvement with the two chemicals 

FS10 and FC4430 at 145oF and 250oF respectively. 

The durability of the treatment was evaluated by injecting almost 4,000 

pore volumes of gas mixture following the treatment of a Berea sandstone core at 

250 °F. The treatment solution was 2 weight %  FC4430, 4 weight %  water and 

94 weight %  methanol. The improvement factor of 2.1 did not change during the 

entire time the gas mixture was injected. Following the chemical treatment and 

then injection of the gas mixture to measure the post-treatment steady-state 

relative permeability, methane was injected to displace the condensate and 

measure the final (single phase) gas permeability at the end of the experiment. 

The final gas permeability was the same as the original (single phase) gas 

permeability in each of the experiments where this procedure was performed. 

Thus, no damage has been observed in any of the sandstone cores due to chemical 

treatment.  

The effluent during treatment was collected for observation at different 

time intervals. The first two pore volumes were dark yellow in color and show 

presence of two phase, methanol rich phase and condensate rich phase. The later 

pore volumes were clear solution. The chemical FC4430 is dark yellow in color, 

hence in the effluent a slight yellow tinge is observed but it is clear and not 

yellowish and is similar to the prepared solution for injection. 

Qualitative imbibition tests were performed at room temperature and 

pressure on the cores after chemical treatment. The core was vacuumed and dried. 

A drop of water and heptane was placed on the treated core. All the chemicals 
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were able to alter the wettability such that the water droplet beads up and did not 

imbibed in the core. The heptane imbibed in the core even after the treatment. The 

imbibition of heptane however was slower as compared to the pretreatment 

imbibition. Several reasons are present which explains no correlation between 

imbibition tests and improvement in the relative permeability. One reason is that 

the imbibition tests were performed at room temperature with heptane/water and 

not with synthetic gas mixture fluid used. Further, the experimental conditions 

were different in imbibition tests and coreflood experiments. Second reason is the 

presence of air in imbibition tests as compared to no air present in coreflood 

experiments. Finally, correlating results with different fluids at different 

conditions is not a logical, scientific approach. 
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Table 5.1: Experimental specifications for chemical treatments. 

Exp No. Surfactant Treatment Solution 
Pore 

Volumes 
Injected 

Treatment 
Flow Rate 

(cc/hr) 
1 FS10 2% FS10, 98% Methanol 20 32 
2 FS10 2% FS10, 98% Methanol 20 32 
3 FC4430 2% FC4430, 98% Methanol 20 32 
4 FC4432 2% FC4432, 98% Methanol 20 32 

5 FS10 2% FS10, 4%Water, 94% 
Methanol 20 32 

6 Flourosyl 2% Fluorosyl, 98% 
Methanol 20 32 

7 FS10 2% FS10, 98% Methanol 20 32 

8 FS10 2% FS10, 4%Water, 94% 
Methanol 20 1192 

11 FC4432 2% FC4432, 4%Water, 
94% Methanol 20 254 

12 FC4430 2% FC4430, 4%Water, 
94% Methanol 20 85 

13 FS10 2% FS10, 4%Water, 94% 
Methanol 20 901 

14 FC4430 2% FC4430, 4%Water, 
94% Methanol 20 254 

15 FS10 2% FS10, 4%Water, 94% 
Methanol 20 512 

16 FC4430 2%FC4430, 98%Methanol 20 451 

17 FC4430 0.25% FC4430, 4% Water, 
95.75% Methanol 20 456 

18 FC4432 2% FC4432, 4% Water, 
94% Methanol 21 450 

19 FC4430 2% FC4430, 4%Water, 
94% Methanol 40 803 

20 FSO 2% Zonyl FSO, 4%Water, 
94% Methanol 20 504 

21 FC4432 1% FC4432, 10%Water, 
89% Methanol 15 504 

22 FC4430 2% FC4430, 4%Water, 
94% Methanol 17 254 
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23 FC4430 2% FC4430, 25% Water, 
73% Methanol 12 454 

24 FC4430 2% FC4430, 10%Water, 
88% Methanol 18 901 

 

Table 5.2: Summary of gas and condensate relative permeability measurements 
for treatments at in Berea sandstone. 

Gas Relative 
Permeability (krg) 

Oil Relative 
Permeability (kro)

Improvement 
Factor Exp 

No. 

Flow 
rate in 
core 

(cc/hr) Before After Before After Based on krg 

1 85 0.014 0.015 0.011 0.012 1.08 
2 85 0.011 0.028 0.009 0.022 2.55 
3 85 0.011 0.030 0.009 0.023 2.73 
4 85 0.011 0.042 0.009 0.033 3.82 
5 85 0.014 0.028 0.011 0.022 2.00 
6 85 Plugging Plugging Plugging Plugging xxx 
7 85 0.134 0.143 0.104 0.111 1.07 
8 672 0.060 xxx 0.046 xxx xxx 
8 192 0.066 xxx 0.051 xxx xxx 
8 350 0.074 0.080 0.057 0.062 1.08 
11 85 0.160 0.542 0.124 0.420 3.39 
11 170 0.224 xxx 0.173 xxx xxx 
12 85 0.036 0.103 0.028 0.080 2.86 
12 170 0.04 0.116 0.029 0.090 3.05 
12 1050 xxx 0.199 xxx 0.154 xxx 
13 680 0.065 0.105 0.050 0.081 1.62 
13 1046 0.067 0.081 0.052 0.063 1.21 
13 2750 0.072 0.071 0.056 0.055 0.99 
13 2900 0.054 xxx 0.042 xxx xxx 
13 3356 0.066 0.088 0.051 0.068 1.33 
14 330.2 0.080 0.246 0.091 0.281 3.08 
14 819 0.097 0.186 0.111 0.213 1.92 
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14 1210 0.108 xxx 0.123 xxx xxx 
14 1638 0.114 0.179 0.130 0.205 1.57 
14 1747 0.123 xxx 0.141 xxx xxx 
14 2420 0.128 xxx 0.146 xxx xxx 
14 2637 0.127 0.186 0.145 0.213 1.46 
14 3811 0.136 xxx 0.155 xxx xxx 
15 432 0.045 xxx 0.051 xxx xxx 
15 2054 0.057 xxx 0.065 xxx xxx 
15 2578 0.062 0.072 0.071 0.082 1.16 
15 3982 0.072 xxx 0.082 xxx xxx 
16 1170 0.079 0.079 0.090 0.090 1.00 
16 2340 0.064 0.069 0.073 0.079 1.08 
16 3804 xxx 0.076 xxx 0.087 xxx 
16 4001 0.071 xxx 0.081 xxx xxx 
16 4589 0.073 xxx 0.083 xxx xxx 
16 6938 0.084 xxx 0.096 xxx xxx 
17 1170 0.080 xxx 0.091 xxx xxx 
17 2340 0.067 0.181 0.077 0.207 2.70 
17 3804 0.079 0.127 0.090 0.145 1.61 
18 1508 0.064 0.079 0.073 0.090 1.23 
18 2678 0.064 0.072 0.073 0.082 1.13 
19 5430 0.127 0.263 0.145 0.301 2.07 
20 2430 0.053 0.064 0.061 0.073 1.21 
21 2430 0.053 0.054 0.061 0.062 1.02 
22 1505 0.224 0.218 0.256 0.249 0.97 
22 680 0.198 0.204 0.226 0.233 1.03 
23 2340 0.074 0.108 0.085 0.123 1.46 
24 3923 0.062 0.126 0.071 0.144 2.04 
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Table 5.3: Summary of gas and condensate relative permeability measurements 
for treatments with different water concentration in treatment 
solution. 

 

Exp No. 
Water 

Concentration 
(weight % ) 

Improvement 
Factor based on krg

Initial Water 
Saturation (Swi) 

1 0 1.08 0 
16 0 1.00 0 
3 4 2.00 0 
14 4 3.08 0 
14 4 1.92 0 
24 10 2.04 0 
23 25 1.46 0 

 

Table 5.4: Summary of gas and condensate relative permeability improvement at 
different flow rates. 

Exp No. Flow rate in core 
(cc/hr) 

Improvement Factor based 
on krg 

3 85 2.73 
4 85 3.82 
11 85 3.39 
12 85 2.86 
12 170 3.05 
14 330.2 3.08 
14 819 1.92 
14 1638 1.57 
14 2637 1.46 
23 2340 1.46 
24 3923 2.04 
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Table 5.5: Summary of gas and condensate relative permeability improvement at 
different treatment flow rates. 

Exp No. Flow rate in core 
(cc/hr) 

Improvement Factor 
based on krg 

3 32 2.73 
4 32 3.82 
11 254 3.39 
12 85 2.86 
12 85 3.05 
14 254 3.08 
14 254 1.92 
14 254 1.57 
14 254 1.46 
23 457 1.46 
24 901 2.04 

Table 5.6: UT relative permeability model parameters for post treatment. 

Nc_gas 1.00×10-7

Swr 0 
Sor 0.15 
Sgr 0.1 

kro
o 0.55 

krg
o 0.7 

Corey oil exponent 2 
Corey gas exponent 3 

Tw 100 
To 10,000,000
Tg 3,000,000
τw 1.1 
τo 2 
τg 2 
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Table 5.7 Statistics of improvement factor in the experiments conducted. 

Exp No. 
Improvement 

Factor 
based on krg 

Statistics 

2 2.55 Average = 2.13 
3 2.73 Standard Deviation = 0.7 
4 3.82 
11 3.39 
12 2.86 
12 3.05 
13 1.62 
13 1.33 
14 3.08 
14 1.92 
14 1.57 
14 1.46 
17 2.70 
17 1.61 
19 2.07 
23 1.46 

Brit-I 1.41 
Brit-I 1.36 

24 2.04 
Brit-II 1.74 
Brit-II 1.71 
Brit-II 1.73 

Sanha-I 2.53 
Sanha-I 1.48 
Brit-IV 2.08 
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Figure 5.1: Pressure drop across the core at 1,200 psig and 145oF at a flow rate of 
85 cc/hr before and after treatment with chemical FS10 in Berea 
sandstone with no initial water saturation. 
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Figure 5.2: Pressure drop across the core at 1,200 psig and a flow rate of 85 cc/hr 
before and after treatment with chemical FS10 in Berea sandstone 
with 40% initial water saturation. 
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Figure 5.3: Pressure drop across the core at 1,200 psig and 145oF at a flow rate of 
85 cc/hr before and after treatment with chemical FS10 with 4% 
water in treatment  solution in Berea sandstone with no initial water 
saturation. 
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Figure 5.4: Pressure drop across the core at 1,200 psig and 145oF at a flow rate of 
85 cc/hr before and after treatment with chemical FC4430 in Berea 
sandstone with 40% initial water saturation. 
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Figure 5.5: Pressure drop across the core at 1,200 psig and 145oF at a flow rate of 
85 cc/hr before and after treatment with chemical FC4432 in Berea 
sandstone with 40% initial water saturation. 
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Figure 5.6: Pressure drop across the core at 1,200 psig and 145oF at a flow rate of 
32 cc/hr during the treatment with chemical Fluorosyl in Berea 
sandstone with 40% initial water saturation. 
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Figure 5.7: Pressure drop across the core at 1,500 psig and 250oF at different flow 
rates after treatment with 2 weight %  chemical FC4430 in Berea 
sandstone with no initial water saturation. 
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Figure 5.8: Pressure drop across the core at 1,500 psig and 250oF at different flow 
rates before treatment with 0.25 weight %  chemical FC4430 in 
Berea sandstone with no initial water saturation. 
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Figure 5.9: Pressure drop across the core at 1,500 psig and 250oF at different flow 
rates after treatment with 0.25 weight %  chemical FC4430 in Berea 
sandstone with no initial water saturation. 
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Figure 5.10: Pressure drop across the core at 1,500 psig and 250oF at different 
flow rates before treatment with 2 weight %  chemical FC4432 in 
Berea sandstone with no initial water saturation. 
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Figure 5.11: Pressure drop across the core at 1,500 psig and 250oF at different 
flow rates after treatment with 2 weight %  chemical FC4432 in 
Berea sandstone with no initial water saturation. 
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Figure 5.12: Pressure drop across the core at 1,500 psig and 250oF at a flow rate 
of 5430 cc/hr before and after treatment with 2 weight %  chemical 
FC4430 in Berea sandstone with no initial water saturation. 
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Figure 5.13: Pressure drop across the core at 1,500 psig and 250oF at a flow rate 
of 2430 cc/hr before and after treatment with 2weight %  chemical 
Zonyl-FSO in Berea sandstone with no initial water saturation. 
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Figure 5.14: Pressure drop across the core at 1,200 psig and 145oF at a flow rate 
of 85 cc/hr before and after treatment with 2weight %  chemical 
FS10 in Berea sandstone with no initial water saturation. 
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Figure 5.15: Pressure drop across the core at 1,500 psig and 250oF at different 
flow rates before and after treatment with 2weight %  chemical 
FC4430 and 98 weight %  methanol in Berea sandstone with no 
initial water saturation. 
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Figure 5.16: Pressure drop across the core at 1,500 psig and 250oF at different 
flow rates before and after treatment with 2weight %  chemical 
FC4430, 10 weight %  water and 88 weight %  methanol in Berea 
sandstone with no initial water saturation. 
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Figure 5.17: Pressure drop across the core at 1,500 psig and at different flow rates 
before and after treatment with 2weight %  chemical FC4430, 25 
weight %  water and 73 weight %  methanol in Berea sandstone with 
no initial water saturation. 
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Figure 5.18: Effect of water concentration in treatment solution on improvement 
in gas and condensate relative permeabilities. 
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Figure 5.19: Effect of post treatment flow rate on improvement in gas and 
condensate relative permeabilities factor for experiments conducted 
at different temperatures and pressures.  
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Figure 5.20: Effect of treatment flow rate on improvement in gas and condensate 
relative permeabilities for experiments conducted at different 
temperatures and pressures. 
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Figure 5.21: Pressure drop across the core at 1,200 psig and a flow rate of 85 cc/hr 
before and after treatment with 2weight %  chemical FS10 and 98 
weight %  methanol in Texas Cream limestone at 145oF with no 
initial water saturation. 
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Figure 5.22: Pressure drop across the different sections of the core at 1,200 psig 
and a flow rate of 85 cc/hr before and after treatment with 2weight 
%  chemical FS10 and 98 weight %  methanol in Texas Cream 
limestone at 145oF with no initial water saturation. 
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Figure 5.23: Pressure drop across the core at 1,500 psig and at different flow rates 
before and after treatment with 2weight %  chemical FC4430, 4 
weight %  water and 94 weight %  methanol in Texas Cream 
limestone at 250oF with no initial water saturation. 
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Figure 5.24: Post treatment gas relative permeability as a function of capillary 
number calculated using UT relative permeability model at different 
krg/kro.. 
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Figure 5.25 Post treatment gas relative permeability as a function of krg/kro 
calculated using UT relative permeability model at different 
capillary number. 
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 Figure 5.26: Pretreatment and Post treatment desaturation curves calculated using 
UT relative permeability. 
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Figure 5.27: Comparison of post treatment and pretreatment gas relative 
permeability as a function of capillary number. 
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 Figure 5.28: Comparison of post treatment and pretreatment oil relative 
permeability as a function of capillary number. 
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 Chapter 6: Chemical Studies 

6.1 INTRODUCTION  

The motivation for performing chemical studies was to screen for 

chemicals that might alter the wettability of the rock surface in such a way as to 

increase the relative permeability of the gas and condensate fluid and thus the 

productivity of gas-condensate wells.  Fluorinated chemicals have been 

investigated to prevent condensate buildup in reservoirs by altering the rock 

wettability. Although mineral surfaces such as quartz, calcite and dolomite prefer 

to be wetted by liquids rather than gas, there are solids such as Teflon that are wet 

by neither. The idea of wettability alteration from liquid wetting to intermediate 

gas wetting was proposed by Li and Firoozabadi (Li and Firoozabadi, 2000). They 

measured the effect of chemical treatment on the imbibition of gas and water into 

Berea sandstone at room temperature. Tang and Firoozabadi extended the work of 

Li and Firoozabadi to treatment of the sandstone substrate at 100°C, but the 

imbibition and relative permeability measurements were conducted at room 

temperature (Tang and Firoozabadi, 2002).  Tang and Firoozabadi also performed 

imbibition and injection testing in the temperature range of 70 to 80°C (Tang and 

Firoozabadi, 2003), but the cores were not treated at the imbibition and injection 

testing temperature of 70 and 80°C. The results showed that there was a decrease 

in the effectiveness for one chemical while another chemical remained effective at 

80°C.  The applicability of these studies was uncertain, as they were not done at 

reservoir conditions. Only recently did Firoozabadi (Fahes et al., 2005) showed 
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results at high temperature (284°F) more typical of gas-condensate blocked 

reservoirs. The study showed a strong reversal of wetting for gas and water 

following treatment, but not for gas and oil.   

6.2 THEORY  

Repellents have hydrocarbon, polysiloxane, and/or fluorocarbon 

hydrophobes. Only fluorinated compounds repel both oil and water. Fluorinated 

compounds are substances that can exhibit hydrophobic/lypophobic 

characteristics, are typically chemically inert to solvents and stable under harsh 

conditions such as high or low pH and high temperature (p 516, Kissa, 2001). 

These characteristics and the fact that fluorinated chemicals have been used to 

alter the wettability from water wet to intermediate wet make fluorinated 

materials reasonable candidates for research on how to treat gas-condensate wells 

blocked by condensate. (Li and Firoozabadi, 2000; Tang and Firoozabadi, 2003) 

Figure 6.1 is a schematic of a fluoro-surfactant on the surface of two 

minerals found in reservoir rocks. The surfactant contains a fluoroalkyl tail (RF) 

and a head group. The head groups can chemically bond or otherwise associate 

with the rock surface. For example, alkoxysilanes covalently bond to silica. Ionic 

surfactants can associate with substrates via acid/base interactions.  Nonionic 

surfactants with ethylene oxide in the molecule are known to associate with 

sandstone via hydrogen bonding between the ethylene oxide units and the silanols 

on the sandstone surface. Since the goal is for the surfactant treatment of the rock 

to last as long as possible, a strong and permanent interaction is desirable for this 

application. 
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The fluoroalkyl group in the surfactant is intended to provide the oil 

repelling and water repelling characteristics. The fluoroalkyl group can be 

straight-chained or branched.  The fluorinated group is typically C3 to C10 in 

length.  Various chemistries are possible for the head groups that might associate 

with the silanols on the surface of a sandstone formation. Alkoxysilane, 

polyalkylene oxide and quaternary ammonium salts are the most common 

commercially available chemistries that will interact with sandstone. The 

preferred chemistry should form a chemical bond or strongly associate with the 

rock surface in order to provide a durable treatment. For a material that does not 

chemically bond to the surface, durability might be achieved by having multiple 

contacts of the molecule with the surface since statistically at least one contact 

point will always be in contact with the surface. This requirement suggests that 

polymeric surfactants are good candidates for research for gas-condensate 

application.  

6.2.1 ALKOXYSILANE CHEMISTRY 

Alkoxysilane chemistries form a covalent bond with the silanols present 

on sandstone surfaces. The structure of the alkoxysilane chemistry is shown in 

Figure 6.2. The repellant part of the molecule consists of an Rf (fluoroalkyl) chain 

attached to silicon. The groups that react with the sandstone surface can be 

methoxy, ethoxy, or propoxy groups or sometimes larger alkyl moieties. Figure 

6.4 shows a possible reaction mechanism of alkoxysilane chemicals. The first step 

of the reaction is the hydrolysis of the alkoxy groups to –OH groups. This 

reaction produces the respective alcohol, i.e., methoxy produces methanol.  The 
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reaction kinetics of this step decreases from methylene oxide to propylene oxide 

group. The second step is the condensation step wherein the –OH group binds 

with the hydrated sandstone surface producing a water molecule and yielding a 

Si-O-Si bond.  High and low pH can catalyze this reaction.  The reaction kinetics 

accelerates with temperature.   

The reaction is not selective and competitive reactions can occur with 

other like molecules leading to self-condensation and the formation of a 

polymeric species that can precipitate out. The reaction begins as soon as the 

alkoxysilane is introduced into an aqueous environment.  With or without the 

presence of a substrate, the alkoxysilane molecules begin to self-condense.  This 

is very likely to start prior to the alkoxysilane actually reaching the formation, 

resulting in either plugging of the pore structure (formation damage) or in 

complete coverage of the surface. 

 While, using a larger alkyl moiety or delivering at neutral pH may address 

some of the above mentioned problems during delivery, these changes slow down 

the reaction of the chemical with the substrate, perhaps resulting in a longer 

shut-in time during treatment. 

 The structures of chemicals used in this study are shown in Figure 6.3. 

Several alkoxysilane chemicals were used in this study. Fluorolink S10 

( ) ( )3 2 4 2 4 2 2 2 38 3
( )− − − − − − − −CF O C F O C F CH CH O Si O CH CH  is a 

perfluoropolyether with a triethoxysilane terminal group, which chemically reacts 

with the Si–OH sites present on a hydrated sandstone surface. The average 

molecular weight for FS10 molecule is 1850. Cytonix's Fluorosyl FSM 660-4 
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( )8 17 2 2 3 3
( )C F CH CH O Si O CH− − − − is a perfluorooctyl trimethoxy silane. The 

methoxy groups react with the silanols on the hydrated sandstone surface.  

 

6.2.2 NON IONIC ALKOXY CHEMISTRY 

The nonionic surfactants hydrogen bond with the hydrated sandstone 

surface. Fig. 6.5 shows the structure of a nonionic fluoro-surfactant. The 

fluorochemical chains in this study were either C4 or C8 chains. C4 chemistry has 

been shown to be less bioaccumulative than C8 chemistry 

(U.S Pat. No. 6,852,781). The fluorochemical chain is the tail of the surfactant, 

which repels oil and water. The head group consists of ethylene oxide repeating 

units, but can be other groups such as Pluronics which are bifunctional block 

copolymer surfactants consisting of ethylene oxide and propylene oxide 

terminating in primary hydroxyl groups.  

The ethylene oxide groups in either case form hydrogen bonds with water 

molecules leading to water solubility.  These hydrogen bonds are susceptible to 

cleavage with temperature, i.e., nonionic polyethoxylated materials decrease in 

solubility with temperature.  This phenomenon is known as the cloud point of the 

surfactant.  

Without a co-valent bond, the surfactant is likely to need multiple contacts 

with the rock surface to give a durable treatment. Therefore, polymeric nonionic 

surfactants will have a higher probability of success than a small surfactant 

molecule.  Short chain alkylene oxides will associate with the formation but will 

not be durable due to the lack of multiple contacts with the rock surface. Also 
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short-chain ethylene oxide materials typically have low cloud points.  Chemicals 

that are commercially available that exhibit this chemistry are FC4430, FC4432 

and FC4434 from 3M. FC4434 is chemically the same as FC4432 but is diluted in 

a solvent (dipropylene glycol monomethyl ether). FC4430 and FC4432 are 

composed of the same two monomers, but have different ratios of the two 

monomers. FC4430 is more hydrophilic, while FC4432 contains more of the 

fluorocarbon monomer. FC4430 has a higher weight percentage of the 

hydrophilic monomer, so it will have more hydrogen bonds and will be more 

durable as compared to FC4432. 

Other chemicals investigated in this genus were Zonyl-FSK, Zonyl-FSO, 

Zonyl-FSN and Zonyl-FSH from DuPont. These are small molecules with ethoxy 

groups as the head groups. Zonyl-FSO has the 
structure ( )( )3 2 2 2 2 2 63

( )CF CF CF CF CH CH O H⎡ ⎤−⎣ ⎦ .  Zonyl-FSO   sample is 50% 

active and is in water and ethylene glycol solvent. Zonyl-FSN has a 
structure ( )( )3 2 2 2 2 2 93

( )CF CF CF CF CH CH O H⎡ ⎤−⎣ ⎦ .  Zonyl-FSH 

( )2 2 2 2 43
( )CF CF CH CH O H⎡ ⎤−⎣ ⎦ is 50% active and is in a solvent comprising of 

water and dipropyl glycol ether (25 weight %  ea).  The fluorochemical groups are 

on average C8 in length and the average number of ethylene oxide groups is 

shown in the structures above. The adsorption chemistry of non-ionics will be 

based on the formation of a hydrogen bond between the ethylene oxide groups of 

the nonionic surfactant and the silanol on the sandstone surface. This phenomenon 

is well known in the well-treatment literature and was the result of loss of 

surfactants during surfactant flooding.  The association is shown in Figure 6.6.  
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The schematic of adsorption of small molecules is shown in Figure 6.7 for non-

ionic alkoxy molecule. Since the 3M materials are polymeric they will have 

multiple contacts resulting in more durability as shown Figure 6.6. 

The U.S. Pat. No. 6,852,781 suggests that the adsorption film may be 

around 5 nm thick in most cases (the range give in patent goes from 1nm-50nm). 

It is desired that the film should not be greater then 50nm as it may cause damage 

to the porous media.  

The nonionic surfactants are soluble in non-aqueous solvents such as 

methanol and have a much lower solubility in water. Methanol stimulation of 

gas-condensate wells has been investigated in the laboratory and tested in field 

trials (Al-Anazi et  al., 2003). A field test was conducted to investigate the 

effectiveness of methanol as a solvent for removing condensate blockage. On the 

basis of laboratory results and a single-well numerical simulation, a field test was 

conducted on a gas well that suffered from gradual productivity decline caused by 

condensate banking in the Hatter’s Pond field in Alabama. The well chosen for 

treatment was producing 250 MMscf/D of gas with 87 BOPD of condensate. 

After methanol treatment, both gas and condensate production rate increased by a 

factor of two over the first 4 months and by 50% thereafter.  

Hence, delivering surfactant in methanol provides the benefits of the 

chemical treatment as well as the improvement due to methanol. Nonionic 

surfactants exhibit a cloud point that puts a limitation on where they can be used. 

The cloud point of a surfactant depends on the solvent, salinity and temperature. 

The surfactant must be used below its cloud point to avoid precipitation.   
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6.3 EXPERIMENT 

Spectroscopic studies were carried out at 3M, St. Paul Minnesota (contact 

person Jimmie R. Baran) to investigate the treatment on the porous media. 

Solubility and cloud point experiments were performed for identifying the 

solubility of different surfactants. 

6.3.1 SOLUBILITY/CLOUD POINT 

Solubility experiments were performed in water and methanol for different 

fluoro-surfactants at 78oF and 145oF. The maximum concentration for solubility 

testing was 20 weight %  of the surfactant. The cloud point experiments were 

performed for FC4430 with different solvent compositions that comprised of 

water and methanol. The cloud point measurements were carried out in a DBR 

PVT cell. A constant composition of surfactant, water and methanol was placed in 

the cell and temperature was raised in steps and any visual evidence of 

precipitation of the surfactant was used as an indicator of the cloud point.   

6.3.2 SPECTROSCOPIC STUDIES 

Spectroscopic information was obtained by Scanning Electron Microscopy 

(SEM), Time-of-Flight Secondary Ion Mass Spectroscopy (TOF-SIMS) and Solid 

State Nuclear Magnetic Resonance (MAS-NMR). SEM and TOF-SIMS 

techniques were conducted at room temperature on treated and untreated Berea 

sandstone. NMR analysis was conducted at room temperature and at 250oF on 

treated 5nm silica nanoparticles (Nalco 2326) due to the presence of naturally 

occurring paramagnetic materials present in the sandstone.  
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 For the NMR experiments, the treated silica nanoparticles were packed 

into 3.2 mm thick walled rotors and were run in the 600 MHz NMR instrument at 

20 kHz. 1H - 29Si cross-polarization magic angle spinning (CPMAS) nuclear 

magnetic resonance (NMR) spectroscopy was performed.  Proton, 29Si {1H} 

CPMAS and 2D WISE spectra were collected on both as received samples and 

samples dried in a vacuum oven at 212oF overnight. Two-dimensional 

wide-line-separation (2D WISE) NMR was used. It uses a two-dimensional 

spectrum to display the 1H spectral patterns associated with each of the well-

resolved 13C chemical shifts in the material of interest. The technique is able to 

show which entities in a molecule interacts with the silica surface. 

Field Emission Scanning Electron Microscopy (FE-SEM) analysis used 

treated and untreated Berea sandstone samples. The samples were attached to an 

SEM stub and were imaged without deposition of a conductive coating.  All 

samples were mounted onto the same stub.  Six different positions, two per 

sample, were mapped out using the automated stage.  The contrast and brightness 

were set at the first position on an untreated sample and then all images were 

taken without adjustment.  The samples were imaged using compositional back 

scattered electron imaging (BSEI).  Compositional imaging uses backscattered 

electrons as opposed to Secondary Electron Imaging (SEI). The BSEI is generally 

more affected by composition. The areas of higher average atomic number appear 

brighter in BSEI images.  For these samples, the FC material (C, H, F) should be 

darker than the common materials in the rock (such as Si, Ca, and Fe). The 

imaging utilized a 500x and 2000x magnification microscope, Hitachi S-4700 
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field emission scanning electron microscope. The microscope is capable of 2.1 

nm resolution at 1kV and 1.5nm resolution at 15kV. The stage tilt angle was zero 

degrees. (0.8, 6 mm wd, UHR-A with ExB filter)  

Time of Flight-Secondary Ion Mass Spectroscopy was used for surface 

analysis of treated and untreated Berea sandstone. In the TOF-SIMS experiment, 

the positive and negative secondary ions, emitted from the sample by primary ion 

bombardment, are mass analyzed separately. Thus, both a positive ion spectrum 

and a negative ion spectrum were acquired for each sample. Positive and negative 

ion analyses were performed in the ION-TOF (company name) instrument using a 

pulsed 25keV Au+ and Au3+ primary ion beams, rastered over an area of 500x500 

microns.  SIMS (equipment model) has monolayer sensitivity, with an analysis 

depth in the range of 10-20 angstroms. 

6.4 RESULTS AND DISCUSSION 

Table 6.1 shows the solubility of chemicals in water and methanol at 

different temperatures. All the chemicals are highly soluble in methanol. The 

solubility test was performed up to 20 weight percent of the chemical. The 

solubility in water was low (< 1 weight percent). Table 6.2 shows the cloud point 

measurements for FC4430 chemical with different solvent composition. 

Figures 6.8 and 6.9 shows the visual presence and absence of cloud point.  

  The SEM, TOF-SIMS and NMR spectroscopic studies were conducted at 

3M, St. Paul Minnesota. Figure 6.10 and Figure 6.11 shows SEM images for 

Berea sandstone with and without treatment at 78oF. The brightness indicates less 

coating on the surface. The untreated sample is shown as control sample in the 
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figure. Qualitatively, a dark image means more surface coverage of the rock with 

the surfactant. The images are on the surface of sample and are not cross sections 

of the samples (see Figures 6.9 and 6.10). The FC4432 shows more thorough and 

uniform treatment as compared to FC4430, which shows some uneven patches on 

the surface at 78oF.   Figure 6.12 shows surface SEM images for Berea sandstone 

before and after treatment with FC4430 and FC4432 at 250oF. FC4432 treats 

more thoroughly and uniformly as shown. FC4430 treatment is more uniform at 

250oF as compared to 78oF. Figure 6.13 shows surface SEM images for Berea 

sandstone before and after treatment with FS10 surfactant at 250oF. The treated 

samples show a more uniform surface.   It is difficult to predict how thorough the 

treatment is as the brightness in control sample and FS10 treated sample is not 

very different. Although, it does indicate that FS10 has coated itself on the 

sandstone surface.  

Figure 6.14 shows cross section SEM images of Berea sandstone before 

and after treatment with FC4430 and FC4432 at 250oF. The FC4430 shows a 

more thorough treatment as compared to FC4432 based on the brightness of the 

image. It can be speculated that FC4430 is able to penetrate in the porous media 

more then FC4432 giving a better treatment.  Figure 6.15 shows cross section 

SEM images for Berea sandstone before and after treatment with FS10 at 250oF.  

Both the treated samples and control samples shows same characteristics. It 

appears that FS10 was not able to penetrate in the Berea sandstone.  

The splotches seen in the SEM images of FC4430 and FC4432 have been 

shown to be due to differential drying of the surfactant out of methanol and water. 
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One theory Jim Baran, 3M on differential drying is that, that methanol being more 

volatile is vaporized during the gas flow leaving the surfactant on the porous 

media and making the drying process fast as compared to water which is less 

volatile and hence drying is slow. FC4432 is better at reducing the surface tension 

of the solvent system and thus produces a smoother coating than FC4430.  Neither 

of these materials produces the same splotches when coated out of a 

water/heptane mixture or just water.  This indicates that this splotchy film is 

produced during the initial stages of the treatment when methanol is present and 

not at a later time when the core is dried prior to analysis. 

Figure 6.16 shows TOF-SIMS images for Berea sandstone treated with 

FC4432 at 78oF in a cross section. The presence or lack of a particular molecular 

weight, corresponding to the labeled element or group on the surface of the 

sandstone is shown in the figures. The brighter the image indicates that 

qualitatively the presence of the chosen molecular weight is greater. For e.g. the 

first image in Fig. 6.16 shows the presence of silicon (Si) element on the surface. 

Compared with the other three images the brightness for Silicon is higher in the 

first image which indicates that Silicon is present in significant amounts. Other 

groups like CxFy, CxHyOz are present in more quantities. This indicates that the 

treatment is on the sandstone surface. Figure 6.17 shows TOF-SIMS images for 

Berea sandstone treated with FC4430 at 78oF in a cross section. In this case the 

Silicon is present in larger quantities as compared to other groups as shown in the 

figure suggesting that the treatment was not present as expected. Figure 6.18 and 

6.18 shows TOF-SIMS images for Berea sandstone treated with FC4430 and 
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FC4432 at 78oF on the surface respectively. The amount of silica on the surface is 

low as compared to CxFy, CxHyOz groups. This suggests that the treatment was 

present. Figure 6.20 shows TOF-SIMS images for Berea sandstone treated with 

FC4432 and FC4430 at 250oF. The treatment is present as seen from the images 

suggesting significant amounts groups present in the chemicals. It should be noted 

that the brightness is relative. For e.g. the CxFy image is brighter for FC4432 as 

compared to FC4430, it does not imply that there is more treatment present for 

FC4432 case. The brightness just gives a qualitative knowledge on relative basis. 

For a quantitative comparison of surface concentrations, the entire spectral 

analysis must be assessed, not just one spot on the substrate.  Figure 6.21 shows 

fraction of CxFy group present on the surface for different treatment cases at 

different treatment temperatures for FC4430 and FC4432 chemical. FC4430 

treatment at 250oF shows the maximum fraction as compared to other treatment 

cases. This suggests that FC4430 treatment at 250oF shows a more thorough 

treatment. 

Figures 6.22 and 6.23 shows the NMR results at 78oF on Berea sandstone 

samples treated with FC4432. The NMR results suggest that there is an 

interaction between ethylene oxide groups and silica surface. Figure 6.24 

compares 2D NMR data showing interaction between FC4430 and silica 

nanoparticles at 78oF and 250oF. The interaction is stronger at 250oF between 

ethylene oxide groups and silica. The top x-axis shows the proton spectra for 

silica nanoparticles and left y-axis shows proton spectra of the molecule. The 

contour lines define the interaction between silica nanoparticles and the chemical. 
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Larger the area stronger is the interaction. The area under the contour curve 

represents the interactions between silica and ethylene oxide groups. The NMR 

results further suggest that there is no interaction between other entities present in 

the chemical and the silica surface. 

  

6.5 CONCLUSION  
 . The spectroscopic data show clear evidence of surfactant 

adsorption on the surfaces.  It is not known at this time whether the adsorption 

occurs when the treatment solution is being injected or later when the gas mixture 

is injected after the treatment solution. It is known that adsorption of nonionic 

surfactants is a function of the solvent, the residence time and the temperature. As 

temperature increases, nonionic surfactants reach a cloud point where they are no 

longer soluble in the solvent, so measuring the cloud point is a qualitative way to 

understand solvency.  

Therefore, cloud point studies at high temperature and pressure were 

performed by changing the water concentration in the water-methanol-surfactant 

solution. The cloud point studies do show that at higher water concentration the 

FC4430 and FC4432 precipitate out of solution.  If the surfactant is too soluble in 

the solvent mixture of methanol and water, then it will not adsorb on the rock. 

However, above a certain water concentration or temperature, it will precipitate 

and cannot be injected uniformly in the core. The polymeric nature of FC4430 

and FC4432 results in multiple contacts with the substrate, which increases its 
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durability. The NMR results show that ethylene oxide groups in the surfactant 

interact strongly with the silica surface and adsorption occurs due to hydrogen 

bonding between the oxygen and silica surface.  

As the data shows, increasing the fluorine content in FCs will make the 

molecule more effective but will negatively affect the temperature range of which 

the molecule can be effective. Increasing the ethylene oxide content will make the 

molecule more efficient by creating more interaction between the molecule and 

silica surface, but may reduce its effectiveness.  Therefore, the fluorochemical 

content of the molecule must be balanced with that of the head group in order to 

balance the effectiveness of the treatment with the ability to deliver the treatment 

under high temperatures and brine contents. 
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Table 6.1: Solubility of fluorochemicals in water and methanol at different 
temperature.  

Chemical Name Fluorolink S10 Fluorosyl Zonyl 
FSO 

Novec 
FC4430 

Solubility in water at 78oF Insoluble Insoluble 2.2 % 1.00 % 
Solubility in water at 145oF Insoluble Insoluble 2.7 % 1.00 % 

Solubility in methanol at 
78oF > 20 % > 20 % > 20 % > 20 % 

Solubility in methanol at 
145oF > 20 % > 20 % > 20 % > 20 % 

 

Table 6.2: Cloud point measurements for 2 weight % FC4430 in water and 
methanol solvents. 

Composition Cloud point Range (oF) 
75% water, 23% methanol 75-99 
50% water, 48% methanol 137-163 
25% water, 73% methanol 250+ 
10% water, 88% methanol 300+ 
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Figure 6.1: Schematic of fluorochemical adsorbing on the silica or calcite surface. 
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Figure 6.2: Structure of Silanol chemistry chemicals 
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Figure 6.4: Reaction mechanism of Silanol chemicals  
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Figure 6.5: Structure of non-ionic alkoxy fluorochemicals  
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Figure 6.6: Reaction mechanism of non-ionic polymeric alkoxy chemicals  
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Figure 6.7: Reaction mechanism of non-ionic monomeric alkoxy chemicals 

 

Figure 6.8: Presence of cloud point for 50 weight % water, 48 weight % methanol 
and 2 weight % FC4430. 
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Figure 6.9: No cloud point is observed up to 250oF for 25 weight % water 73 
weight % methanol and 2 weight % FC4430  

 
 4430 4432 control

4430 4432 control

 

Figure 6.10: SEM images (500x) of Berea sandstone with and without treatment 
with FC440 and FC4432 at 78oF.  
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Figure 6.11: SEM images (2000x) of Berea sandstone with and without treatment 
with FC440 and FC4432 at 78oF 
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Figure 6.12: SEM images (300x) of Berea sandstone with and without treatment 
with FC440 and FC4432 at 250oF 
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Figure 6.13: SEM images (300x) of Berea sandstone with and without treatment 
with FS10 at 250oF 

 4430 4432 control

4430 4432 control

 

 Figure 6.14: Cross section SEM images (300x) of Berea sandstone with and 
without treatment with FC4430 and FC4432 at 250oF. 
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Figure 6.15: Cross section SEM images (300x) of Berea sandstone with and 
without treatment with FS10 at 250oF. 
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Figure 6.16: Cross section TOF-SIMS images of Berea sandstone after treatment 
with FC4432 at 78oF 
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Figure 6.17: Cross section TOF-SIMS images of Berea sandstone after treatment 
with FC4430 at 78oF   
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Figure 6.18: Surface TOF-SIMS images of Berea sandstone after treatment with 
FC4430 at 78oF   
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Figure 6.19: Surface TOF-SIMS images of Berea sandstone after treatment with 
FC4432 at 78oF   

 FC4430 
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Figure 6.20: Surface TOF-SIMS images of Berea sandstone after treatment with 
FC4432 and FC4430 at 250oF   
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Figure 6.21: Fraction of surface covered with fluorine (CxFy) on Berea sandstone 
after treatment with FC4430 and FC4432 at 78oF and 250oF. 

  

Figure 6.22: NMR on Berea sandstone sample at 78oF showing interaction of the 
chemical FC4430 with the surface. 
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Figure 6.23: NMR on dried Berea sandstone sample at 78oF showing interaction 
of the chemical FC4430 with the surface. 
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Figure 6.24: NMR images showing the effect of temperature on interaction 
between FC4430 and silica nanoparticles.  
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Chapter 7: Relative Permeability Measurements in Reservoir 
Cores 

7.1 INTRODUCTION 

Steady-state relative permeabilities were measured before and after the 

chemical treatment in reservoir cores at reservoir conditions using the 

experimental procedures given in Chapter 3. The modeled fluids used were 

matched to actual reservoir fluids on the basis of liquid dropout, viscosity, 

interfacial tension and dew point pressure at reservoir temperatures. Two 

reservoir rocks were used in experiments to see the effect of chemical treatments 

in improving gas and condensate relative permeabilities.  

 

7.2 RESERVOIR CORES   

Table 7.1 lists the core properties from different reservoir rocks. The core 

samples used in the coreflood experiments were all 1 inch in diameter with 

different lengths. The samples were heated in oven for 24 hrs at 200oF and were 

miscibly cleaned with methanol at room temperature. The gas permeability was 

measured with methane at reservoir conditions at zero initial water saturation.  

7.3 PVT PROPERTIES 

Figure 7.1 compares the phase envelope of the Britannia field fluid and 

synthetic fluids. The field fluid is very lean fluid and typical condensate yield in 

this reservoir is around 50 STB/MMSCF (Ayyalasomayajula et al., 2005). Two 

modeled fluids were used to perform coreflood experiments at the reservoir 
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temperature of 275oF. The synthetic fluids were modeled by matching liquid 

dropout, liquid viscosities and interfacial tension.  The PREOS was used to 

compute fluid properties. Table 7.2 lists the fluid composition of Britannia fluid 

and the synthetic fluids. Details of mixture preparation are given in Appendix A.1 

Figure 7.2 compares the liquid dropout for the modeled and reservoir fluids as 

computed using PREOS at 275oF. The maximum liquid dropout for reservoir fluid 

is 3.64% at 3344 psig pressure, synthetic fluid I fluid shows the maximum liquid 

dropout of 3.8% at 3376 psig pressure and synthetic fluid II shows maximum 

liquid dropout of 5.5% at 2965 psig pressure.  Figure 7.3 compares the liquid 

viscosities for the modeled and reservoir fluids as computed using PREOS at 

275oF. Synthetic fluid II shows a lower liquid viscosity due to absence of heavier 

hydrocarbons (C15 being the highest present). Figure 7.4 compares the gas 

viscosities for the modeled and reservoir fluids as computed using PREOS at 

275oF. Viscosities were calculated using corresponding states principle in the 

form suggested by Pedersen et al. (1988). Figure 7.5 compares the interfacial 

tension for the modeled and reservoir fluids as computed using PREOS at 275oF. 

Table 7.3 lists the critical properties for the fluids used to compute using PREOS.  

Figure 7.6 shows the phase envelope of the Sanha fluid. The Sanha gas 

condensate fluid is a rich fluid with a CGR of 200 STB/MMSCF. Table 7.4 lists 

the Sanha field fluid and model fluid composition. The model fluid was used to 

perform coreflood experiments at the reservoir temperature of 260oF. Details of 

mixture preparation are given in Appendix A.1. Figure 7.6 compares the phase 

envelope of model fluid to reservoir fluid as computed using PREOS. Figure 7.7 
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compares the liquid dropout for the model and reservoir fluid as computed using 

PREOS at 260oF. The maximum liquid dropout for reservoir fluid is 14.0 % at a 

pressure of 3190 psig whereas the model fluid shows the maximum liquid dropout 

of 12.7% at a pressure of 3138 psig. Figure 7.8 compares the liquid viscosities for 

the model and reservoir fluids as computed using PREOS at 260oF. Model fluid 

shows similar viscosity trend and values as compared to field fluid. Figure 7.9 

compares the gas viscosities for the modeled and reservoir fluids as computed 

using PREOS at 260oF. Viscosities were calculated using corresponding states 

principle in the form suggested by Pedersen et al. (1988). Figure 7.10 compares 

the interfacial tension for the modeled and reservoir fluids as computed using 

PREOS at 260oF. Table 7.5 lists the critical properties of the two fluids, which 

were used in PREOS to generate the curves. 

 

7.4 RELATIVE PERMEABILITY MEASUREMENTS 

Coreflood experiments were conducted using both Britannia and Sanha 

reservoir rocks, which are both sandstones at no initial water saturation. The 

initial gas permeability (kg) was measured with methane in all experiments. 

Experiments were carried out at 275oF (Britannia) and 260oF (Sanha) with 

different flow rates ranging from 300 cc/hr to 7000 cc/hr. Relative permeability to 

gas and condensate was measured at different flow rates at steady-state to 

quantify the effect of capillary number as described in Chapter 3. The capillary 

number was calculated for each flow rate using Equation (3.7). Experiments were 

carried out at different pressures to achieve different krg/kro ratio. Table 7.6 lists 
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the treatment specifications in Britannia and Sanha reservoir cores and 

summarizes the treatment results for both Britannia and Sanha reservoir cores. 

Chemical FC4430 was used for the treatment and it showed an improvement by a 

factor of 2 in both the reservoirs. 

 Figure 7.11 shows the pressure drop across Britannia sandstone cores 

during methane flood to determine the single phase gas permeability. Figure 7.12 

shows the pressure drop during dynamic condensate accumulation at 1,500 psig 

and 275oF at different flow rates and no initial water saturation. The krg/kro ratio 

was 3.4 during first 1200 pore volumes. Since the fluid is very lean it takes a long 

initial time (large pore volumes) to build the condensate bank and to achieve a 

steady-state. In this experiment the pressure of the downstream backpressure 

regulator was changed to 500 psig from 1,500 psig to get a krg/kro ratio of 8.2 after 

injection of 1200 pore volumes of fluid mixture. Figure 7.13 shows the pressure 

drop across Britannia sandstone cores during treatment solution flood. The 

treatment solution consists of 2 weight % of FC4430 chemical, 4 weight % of 

water and 94 weight % of methanol. Figure 7.14 shows the pressure drop across 

Britannia sandstone core during dynamic condensate accumulation at 275oF after 

post treatment with the chemical FC4430. Figure 7.15 shows the pressure drop 

across Britannia sandstone core during post treatment methane flood. The 

permeability after treatment showed a reduction by a factor of two from 44md to 

21md. The model fluid used for this experiment had a heavier component (C18) 

which was not displaced completely by the methane flood. The above reasoning is 

based on the fact that inspection of core after the experiment showed visual 
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evidence of white wax like deposit of C18 on the core. This is not seen in reservoir 

fluid as there are many different components and co-solvency effects are very 

dominated. In the model fluid there are only four components and so there is not a 

gradual gradation of carbon number. Due to this, solubility of C18-C1 is 

predominant over co-solvency effects and so methane gas is not able to miscibly 

displace the C18.  

Figure 7.16 shows the pressure drop across Britannia sandstone cores 

during dynamic condensate accumulation at 275oF before treatment at different 

flow rates and no initial water saturation. The model fluid comprised of C15 

instead of C18 to increase the solubility with methane. The krg/kro ratio was 3.4. 

Figure 7.17 shows the pressure drop across Britannia sandstone cores during 

dynamic condensate accumulation at 275oF after treatment at different flow rates 

and no initial water saturation after treatment.  The improvement in gas and 

condensate relative permeability after treatment was by a factor of 1.7 at all flow 

rates. The methane post treatment flood shows no reduction in permeability of the 

core illustrating the fact that chemical treatment did not damage the core.  

Figure 7.18 and Figure 7.19 shows the pressure drop during dynamic 

condensate accumulation at 1,500 psig and 500 psig and at different flow rates in 

Britannia sandstone at no initial water saturation before and after treating with 

chemical FC4430 respectively. The pressure drop during the treatment at 1,500 

psig and a flow rate of 32 cc/hr is shown in Figure B.2.29.3. 20 pore volumes of 

the treatment solution whose composition was 73 weight %  methanol, 25 

weight %  water and 2 weight %  FC4430 were injected. The treatment solution 
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injection showed an increase in pressure drop during the injection of 20 pore 

volumes of the solution. The chemical was unable to penetrate the porous media 

as it had reached its cloud point in the solution itself due to high concentration of 

the water. Post treatment injection of the fluid mixture showed no improvement in 

the gas and condensate relative permeability. Presence of 25 weight % 

concentration of water caused precipitation and thus reducing the gas and 

condensate relative permeability. In this experiment there was reduction by a 

factor of 1.52 at 318 cc/hr.  

Figure 7.20 and Figure 7.21 shows the pressure drop during dynamic 

condensate accumulation at 1,500 psig and at 739 cc/hr in Britannia sandstone at 

no initial water saturation before and after treating with chemical FC4430. The 

pressure drop during the treatment at 1,500 psig and a flow rate of 32 cc/hr is 

shown in Figure B.2.30.3. 20 pore volumes of the treatment solution whose 

composition was 88 weight %, methanol, 10 weight % water and 2 weight % 

FC4430 was injected. The treatment improved the gas and condensate relative 

permeability by a factor of 2 at 739 cc/hr. Since there was no initial water present, 

the improvement is contributed by chemical treatment only. 

Figure 7.22 shows the pressure drop across Sanha sandstone cores during 

methane flood to determine the single phase gas permeability. The permeability 

calculated was 7.4 md.  Figure 7.23 shows the pressure drop during dynamic 

condensate accumulation at 1,500 psig and 275oF at different flow rates and no 

initial water saturation. The krg/kro ratio was 1.2. The fluid is a rich fluid (15% 

liquid dropout at experimental conditions) and so the condensate bank is built up 
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in a short time (pore volumes) as compared to Britannia fluid. Figure 7.24 shows 

the pressure drop across Sanha sandstone cores during treatment solution flood. 

The treatment solution consists of 2 weight % of FC4430 chemical, 4 weight % of 

water and 94 weight % of methanol. Figure 7.25 shows the pressure drop across 

Sanha sandstone core during dynamic condensate accumulation at 275oF after 

post treatment with the chemical FC4430. The treatment improved the gas and 

condensate relative permeability by a factor of 2.5 at 1343 cc/hr and by 1.5 at 

3143 cc/hr. This experiment suggests that improvement decreases with the 

increase in flow rate. Since there was no initial water present, the improvement is 

contributed by chemical treatment only. Figure 7.26 shows the pressure drop 

across Sanha sandstone core during post treatment methane flood. The 

permeability after treatment did not showed any reduction illustrating that there 

was no damage caused by the chemical treatment.  

7.5 MODELING RELATIVE PERMEABILITIES  

UT trapping model (see Appendix A.3) was used to compare the 

experimental data for gas and condensate relative permeabilities at different 

capillary numbers and at different krg/kro ratio. The model was tuned by adjusting 

the model parameters to get the best possible fit for the relative permeability data 

measured from coreflood experiments before and after chemical treatment. 

Relative permeability data over a wide range of capillary number were measured. 

The relative permeability measurements have been analyzed by expressing gas 

and condensate relative permeability as a function of krg/kro (ratio of gas relative 

permeability to oil relative permeability) and capillary number. The relation 
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between gas relative permeability and capillary number is expressed on a 

conventional semi-log plot. The condensate relative permeability at high krg/kro 

ratio is very low and therefore is expressed on a conventional log-log plot.  

Table 7.8 gives the trapping model parameters used to compare the 

experimental data for Britannia and Sanha reservoirs. Figure 7.27 compares the 

experimental gas relative permeability measurements with the UT trapping model 

at different krg/kro for Britannia and Sanha reservoir cores. The gas relative 

permeability increases sharply as the critical capillary number is reached. 

Figure 7.28 compares the experimental condensate relative permeability 

measurements with the UT trapping model at different krg/kro for Britannia and 

Sanha reservoir cores. The condensate relative permeability increases sharply as 

the critical capillary number is reached. At critical capillary number the residual 

saturation decreases sharply which gives an increase in relative permeability of 

gas and condensate. The model and data agree in their trend with capillary 

number and krg/kro ratio.  

 

7.6 CONCLUSIONS 

Relative permeability data for Britannia and Sanha reservoir cores were 

measured at 275oF and 260oF respectively with different fluids before and after 

treating with chemical FC4430. The treatment solution composed of methanol, 

water and the chemical. Flashing method was used to perform experiments at 

different capillary number and different krg/kro ratio. Measurements were made 

over a range of capillary number (5x10-6- 10-4) and over a range of krg/kro ratio 
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(1-10). UT relative permeability model was used to compare the experimental 

measured values before and after chemical treatment. The measured data agrees 

well with the model when comparing capillary number effect at different krg/kro. 

The relative permeability of gas increases sharply after the critical capillary 

number is reached. The data and the model agree well within the experimental 

noise and the gas relative permeability increases as the capillary number is 

increased and krg/kro ratio is increased.  Chemical FC4430 showed an 

improvement by a factor of two when the concentration of water in the treatment 

solution was in the range of 4-10 weight %. There was no improvement observed 

when the concentration of water was increased to 25 weight % in the treatment 

solution. The high concentration of water allows the precipitation of the chemical 

before it reaches the porous media and thus plugging the face of the core.  The 

improvement was seen in different reservoir cores that were tested with different 

gas condensate synthetic fluids at different temperatures and pressures.   
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Table 7.1: Description of core samples from the reservoirs. 

Depth 
(ft) 

Length, 
(inch) 

Permeablity, 
(md) 

Porosity, 
(%) 

Weight, 
(gms) 

Pore 
Volume Reservoir 

12947.10 2.75 7.5 16.27 80.5 5.76 Sanha-I 
13828.00 1.875 72 16.90 53.9 4.08 Brit-III 
13828.75 4.825 72 16.90 141.6 10.49 Brit-IV 
13385.70 3.75 55 16.60 109.5 8.01 Brit-I 
13559.40 3.65 8.3 17.80 105.8 8.36 Brit-II 
 

Table 7.2: Britannia's fluid composition. 

Field Synthetic-I Synthetic-II 
Component Mole % Component Mole % Component Mole % 

N2 0.652 C1 95.5 C1 93.0 
CO2 1.636 nC4 2.0 nC4 4.0 
C1 81.744 nC10 1.5 nC10 2.0 

C2-C3 9.593 nC18 1.0 nC15 1.0 
C4-C5 2.89     

C7-C10 1.796     

C11-16 1.119     

C17+ 0.57     
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Table 7.3: Critical properties of the two modeled fluids and Britannia fluid used in 
PREOS. 

 

 

Field Fluid 
 

Component Tc (°F) Pc (psig) Accentric 
factor (ω) 

Vc (cm³/mol)

N2 -232.51 477.62 0.04 89.8 
CO2 87.89 1055.17 0.225 94 
C1 -116.59 652.5 0.008 99 

C2-C3 133.579 658.89 0.1183 168.65 
C4-C5 360.283 484.46 0.2307 300.15 
C7-C10 560.282 365.1 0.395 534.41 
C11-C16 734.6 267.97 0.5938 751.23 
C17-C74 1016.2 203.74 0.9104 1400.77 

     
Synthetic-I     

Component Tc (°F) Pc (psig) Accentric 
factor (ω) Vc (cm³/mol)

C1 -116.59 652.5 0.008 99 
nC4 305.69 536.4 0.193 255 
nC10 652.01 290.98 0.49 603 
nC18 881.33 160.19 0.79 1030 

     
Synthetic-II 

Component Tc (°F) Pc (psig) Accentric 
factor (ω) 

Vc (cm³/mol)

C1 -116.59 652.5 0.008 99 
nC7 512.69 382.1 0.351 432 
nC10 652.01 290.98 0.49 603 
nC15 812.93 205.74 0.706 880 
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Table 7.4: Fluid composition of Sanha and model fluid. 

Component Mole % Component Mole %
N2 0.56 C1 92 

CO2 1.1 nC7 3.5 
C1 74.63 nC10 2.5 
C2 7.24 nC15 2 
C3 4.42   

iC4 0.87   

nC4 1.64   

iC5 0.71   

nC5 0.72   

C6 0.93   

C7 1.21   

C8 1.14   

C9 0.78   

C14 3.85   

C35 0.2   
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Table 7.5: Critical properties of model fluid and Sanha fluid used in PREOS. 

 

Component Tc (°F) Pc (psig) Accentric Factor, (ω) Vc (cm³/mol)
N2 -232.5 477.6 0.040 89.8 

CO2 87.9 1055.2 0.225 94.2 
C1 -116.6 652.5 0.008 99.2 
C2 90.1 693.7 0.098 147.8 
C3 206.0 601.1 0.152 202.7 
iC4 274.9 514.4 0.176 262.5 
nC4 305.7 536.4 0.193 254.4 
iC5 369.1 476.2 0.227 305.6 
nC5 385.6 474.7 0.251 303.7 
C6 453.7 415.9 0.296 369.8 
C7 506.0 412.5 0.337 475.2 
C8 544.8 382.9 0.374 487.0 
C9 588.1 348.8 0.421 528.8 
C14 762.4 256.7 0.626 782.0 
C35 1279.5 170.8 1.145 2185.7 

     
Synthetic     

Component Tc (°F) Pc (psig) Accentric Factor, (ω) Vc (cm³/mol)
C1 -116.59 652.5 0.008 99 
nC7 512.69 382.1 0.351 432 
nC10 652.01 290.98 0.49 603 
nC15 812.93 205.74 0.706 880 
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Table 7.6: Experimental specifications for reservoir experiments. 

 

Experiment Temp. , 
(oF) 

Pressure, 
(psig) Treatment Solution

Flow 
Rate 

(cc/hr)

Pore 
Volumes 
Injected 

k, (md)

Brit-I 275 1500 2% FC440, 94% 
Methanol, 4% Water 901 18 55 

Brit-II 275 1500 2% FC440, 94% 
Methanol, 4% Water 318 35 8.3 

Brit-III 275 1500 
2% FC440, 73% 
Methanol, 25% 

Water 
32 24 40.3 

Brit-IV 275 1500 
2% FC440, 88% 
Methanol, 10% 

Water 
32 18 72 

Sanha-I 260 1500 2% FC440, 94% 
Methanol, 4% Water 254 20 7.4 
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Table 7.7: Summary of gas and condensate relative permeability improvement 
with different chemicals used. 

 

Exp q_core 
(cc/hr) 

Capillary 
Number, 

Nc 
krg kro 

Capillary 
Number, 

Nc 
krg kro Improveme

nt Factor 

Brit-I 1350 1.93×10-5 0.071 0.021 1.37×10-5 0.100 0.030 1.41 
 4120 1.05×10-5 0.206 0.025     
 6578 5.19×10-5 0.053 0.016     
         

Brit-II 1389 9.64×10-6 0.148 0.042 5.53×10-6 0.258 0.073 1.74 
 1738 1.17×10-5 0.153 0.043 6.84×10-6 0.261 0.074 1.71 
 3832 2.44×10-5 0.162 0.046 1.00×10-5 0.281 0.079 1.74 
         

Brit-III 317 5.44×10-6 0.096 0.040 8.33×10-6 0.063 0.026 0.66 
 739 1.09×10-5 0.112 0.047 1.38×10-5 0.088 0.037 0.79 
 2972 4.97×10-5 0.099 0.041 4.77×10-5 0.103 0.043 1.04 
         

Brit-IV 739 1.03×10-5 0.119 0.049 4.93×10-6 0.248 0.103 2.08 
 1488 2.02×10-5 0.122 0.051     
         

Sanha-
I 1343 2.04×10-5 0.080 0.057 8.06×10-6 0.203 0.144 2.53 

 3143 3.67×10-5 0.104 0.074 2.50×10-5 0.154 0.109 1.47 
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Figure 7.1: Phase envelope of field fluid and synthetic fluid calculated using 
PREOS. 
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Figure 7.2: Liquid dropout curve calculated for field and synthetic fluid at 275oF 
using PREOS. 
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Figure 7.3: Liquid viscosity for field fluid and synthetic fluid calculated at 275oF 
using PREOS. 
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Figure 7.4: Gas viscosity for field fluid and synthetic fluid calculated at 275oF 
using PREOS. 
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Figure 7.5: Interfacial tension for field fluid and synthetic fluid calculated at 
275oF using PREOS. 
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Figure 7.6: Phase envelope of field fluid and synthetic fluid calculated using 
PREOS. 
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Figure 7.7: Liquid dropout of field fluid and synthetic fluid at 260oF calculated 
using PREOS. 
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Figure 7.8: Liquid viscosity of field fluid and synthetic fluid at 260oF calculated 
using PREOS. 
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Figure 7.9: Gas viscosity of field fluid and synthetic fluid at 260oF calculated 
using PREOS. 
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Figure 7.10: Interfacial tension of field fluid and synthetic fluid at 260oF 
calculated using PREOS. 
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Figure 7.11: Pressure drop across the core at 1,500 psig and 275oF at different 
flow rates during methane flood with no initial water saturation in 
the core. 
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Figure 7.12: Pressure drop across the core at different pressures and 275oF at 
different flow rates before treatment in Britannia sandstone with no 
initial water saturation. 
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Figure 7.13: Pressure drop across the core at 1,500 psig and 275oF at 508 cc/hr 
with 2weight %  chemical FC4430, 4weight %  water and 94 weight 
%  methanol in Britannia sandstone with no initial water saturation. 
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Figure 7.14: Pressure drop across the core at different pressures and 275oF at 
different flow rates after treatment in Berea sandstone with no initial 
water saturation. 
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Figure 7.15: Pressure drop across the core at 1,500 psig and 275oF at different 
flow rates during the methane flood in Britannia sandstone with no 
initial water saturation. 
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Figure 7.16: Pressure drop across the core at 1500 psig and 275oF at different 
flow rates before treatment in Britannia sandstone with no initial 
water saturation.  
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Figure 7.17: Pressure drop across the core at 1500 psig and 275oF at different 
flow rates after treatment with 2weight %  FC4430, 10weight %  
water and 88weight %  methanol in Britannia sandstone with no 
initial water saturation. 
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Figure 7.18: Pressure drop across the core at 1500 psig and 275oF at different 
flow rates before treatment in Britannia sandstone with no initial 
water saturation. 
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Figure 7.19: Pressure drop across the core at 1500 psig and 275oF at different 
flow rates after treatment with 2weight %  FC4430, 25weight %  
water and 73weight %  methanol in Britannia sandstone with no 
initial water saturation. 
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Figure 7.20: Pressure drop across the core at 1500 psig and 275oF at different 
flow rates before treatment in Britannia sandstone with no initial 
water saturation. 
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Figure 7.21: Pressure drop across the core at 1500 psig and 275oF at 739 cc/hr 
after treatment with 2weight %  FC4430, 4weight %  water and 
94weight %  methanol in Britannia sandstone with no initial water 
saturation. 
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Figure 7.22: Methane flood at different flow rates at 260oF and 1500 psig in 
Sanha sandstone with no initial water saturation. 
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Figure 7.23: Pressure drop across the core during dynamic condensate 
accumulation at 1500 psig and 260oF in Sanha sandstone with no 
initial water saturation. 
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Figure 7.24: Pressure drop during treatment solution flood of 2weight %  FC4430, 
10weight %  water and 88weight %  methanol at 1500 psig and 
260oF at 254 cc/hr in Sanha sandstone with no initial water 
saturation. 
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Figure 7.25: Pressure drop during dynamic condensate accumulation at 1500 psig 
and 260oF after treatment in Sanha sandstone with no initial water 
saturation. 
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Figure 7.26: Pressure drop during methane flood at 1500 psig and 260oF after 
treatment in Sanha sandstone. 
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Figure 7.27: Comparison between measured and calculated gas relative 
permeability before treatment in reservoir cores. 
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Figure 7.28: Comparison between measured and calculated gas relative 
permeability after treatment in reservoir cores. 
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Chapter 8: Simulation Studies of Condensate Blockage and 
Condensate Remediation 

8.1 INTRODUCTION 

Predicting the deliverability of gas-condensate wells as the pressure near 

the well falls below the dew point pressure resulting in condensate accumulation 

and blocking is a challenging task. The condensate accumulation reduces the 

relative permeability of gas and causes a significant decline in the well 

productivity. The chemical treatment and well performance following chemical 

treatment is even more complicated to predict with a simulator since the 

properties of a treated zone differ from the untreated zone. 

This chapter includes the results of a preliminary single-well simulation 

study of chemical treatment in gas-condensate well. A description of the input 

data is first presented. The data include reservoir and fluid properties, numerical 

grid, relative permeability, initialization and well constraints. Studies were done 

for both a single-layer reservoir and a four-layer reservoir. The results of the 

simulations with and without chemical treatment are discussed for different values 

of treatment radius, time of treatment during the life of reservoir, initial water 

saturation, mechanical skin, non-Darcy flow and reservoir permeability. 

8.2 GEM COMPOSITIONAL SIMULATOR 

GEM (version 2005.10) is Computer Modeling Group's (CMG) general 

equation-of-state compositional simulator. The GEM simulator can be run in 

explicit, fully implicit and adaptive implicit modes. The adaptive implicit option 
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is particularly useful when high flow rates occur near the well or in stratified 

reservoirs with very thin layers. GEM uses AIMSOL, which is a linear solution 

routine based on incomplete Gaussian Elimination as a preconditioning step to 

GMRES iteration. AIMSOL has been developed especially for adaptive implicit 

Jacobian matrices. 

GEM uses either the Peng-Robinson or the Soave-Redlich-Kwong 

equation of state to predict the phase equilibrium compositions and densities of 

the oil and the gas phases. It also supports various models for computing related 

properties such as oil and gas viscosities. The quasi-Newton successive 

substitution method (QNSS) developed at CMG is used to solve the nonlinear 

equations associated with the flash calculations. A stability test based on a Gibbs 

energy analysis is used to determine the number of phases. 

GEM uses CMG's Grid Module for interpreting the reservoir definition 

keywords used to describe a complex reservoir. There is a provision for variable 

thickness-variable depth type grids. One of the very helpful options in CMG is 

that of using local grid refinement (LGR). LGR means some of the gridblocks in a 

particular range on the fundamental (main) grid will be replaced by a refined grid. 

Each refined grid will be made up of several small gridblocks that will together 

fill the space occupied previously by a parent gridblock. Figure 8.1 shows how a 

3x3x1 grid is refined into 2x2x1 grid within one of the parent gridblocks. These 

refined gridblocks can be of variable size, and can be assigned different reservoir 

properties. LGR option is particularly helpful for simulating hydraulically 

fractured reservoirs. 
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High-velocity gas flow (non-Darcy flow) in porous media can be modeled 

in GEM with the Forchheimer equation. Geertsma (1974), Evans (1988) and 

Frederick et al. (1994) developed correlations for β. Each of the correlations for 

β is an option in GEM. The effect of capillary number on relative permeability 

can be modeled in GEM using the Pope et al. (2000) model.  

8.3 SIMULATION MODEL SETUP 

Full-field simulations generally require a coarse grid. However, a coarse 

grid cannot capture the important changes in relative permeability near gas-

condensate wells when the pressure drops below the dew point pressure. 

Therefore, single-well simulations with a radial grid were performed to model 

condensate banking. Simulations were done to investigate the effect of treatment 

radius, time of treatment during the life of reservoir, initial water saturation and 

skin on the chemical treatment taking into account non-Darcy flow and capillary 

number. Dispersion was not included in the simulation. The simulation study was 

performed on a very fine gird (0.1 ft near the well) hence further refinement was 

not performed for comparison. 

8.3.1 EOS Model 

The Peng-Robinson EOS (Peng and Robinson, 1976) was used to model 

the phase behavior. The critical parameters for Britannia fluid are shown in Table 

8.2. The PR78 EOS is given as follows: 
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parameters for Britannia fluid are shown in Table 8.2. The PR78 EOS is given as 

follows: 

  

parameters for Britannia fluid are shown in Table 8.2. 
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22699.053226.137464.0 ωωκ −+=  Eq. 8.3.3 

for components with the acentric factor ω  > 0.49, κ  is modified as 

)016666.0164423.048503.1(379642.0 2ωωωκ +++=  Eq. 8.3.4 

 

8.3.2 Binary Interaction Coefficients 

Binary interaction coefficients (BICs) are used to take into account the 

non-ideal interaction between components that do not follow the ideal van der 

Waals mixing rule, e.g. polar components. The binary interaction parameters for 
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hydrocarbon-hydrocarbon interactions were zero in this work. Values for CO2 and 

N2 interaction with hydrocarbons are given in Table 8.3.  (Bang et al., 2005). 

 

8.3.3 Simulation Grid 

 For this study, a circular drainage area with a radius 3504 ft with a well at 

its center was modeled. Table 8.1 shows the grid for the single-layered case with 

205x1x1 gridblocks and for the four-layered case with 205x1x4 gridblocks. 

Figure 8.2 shows a schematic of the simulation grid. A magnified view of the 

refined grid near the well is shown in Figure 8.3.  Gridblock sizes increase away 

from the well. The smallest gridblock size was 0.1 ft and the largest gridblock size 

farthest from the well was 44 feet.  

 

8.3.4 Reservoir Properties 

 Table 8.4 shows the properties of the two cases stuided. The single-layer 

reservoir is homogeneous with a uniform porosity of 15%, a thickness of 70 ft, an 

initial water saturation of 0.2 and a permeability of 7 md. The drainage area of the 

reservoir is 885 acres. The initial water saturation in the reservoir is 0.2. The four-

layer reservoir has a uniform porosity of 15%, a thickness of 105 feet and an 

initial water saturation of 0.2. The layers were made non-communicating by 

setting the vertical permeability to zero.  
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8.3.6 Initialization 

 Initial reservoir pressure and temperature are 5900 psi and 275oF. Initial 

water saturation is 0.2. The bottom hole flowing pressure is 1500 psig. The initial 

conditions make sure that the production starts above the dew point of the fluid. 

 

8.3.7 Gas-Condensate Fluid Data 

Lean fluid used for this study was similar to the Britannia gas-condensate 

field. Table 8.2 and Table 8.3 show the PREOS parameters and the BICs for the 

Britannia fluid. Figure 8.4 and Figure 8.5 show the phase envelope and liquid 

dropout curve calculated using the PREOS. The maximum liquid dropout at 

275oF is 3 %. The dew point pressure at 275oF is 5400 psi. Figures 8.6 and 8.7 

shows the gas and oil viscosity at 275oF using PREOS. Figure 8.8 shows 

interfacial tension at 275oF using PREOS. 

Reservoir fluid characterization is a very important issue in compositional 

simulation. It is very essential to have a suitable EOS and an accurate fluid 

description to match the experimental PVT data. The fluid characterization helps 

in accurate fluid description by addressing the issues related to the number of 

components to be used, grouping of pseudocomponents, and the estimation of 

critical pressure (Pc), critical temperature (Tc), acentric factor (w) and binary 

interaction coefficients. Pederson et al. (1988), Khan et al. (1992), Wang and 

Pope (2000), Whitson and Brule (2000) and Bang et al. (2005) among others 

show procedures and examples of how to tune the equation of state parameters to 
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match the experimental phase behavior of the fluid, so that it can be used in the 

compositional simulations for a more accurate prediction of well performance. 

 

Pederson et al. (1988) have shown that six hydrocarbon components are 

often enough to characterize a reservoir fluid for the purpose of compositional 

simulation. They devised the following lumping scheme: 

• Separate grouping of non-hydrocarbons. 

• Three separate groups of hydrocarbons in the C1-C6 range 

• C7+ divided into three or more groups on a weight basis  

 

The EOS parameters for C1-C6 fractions can be very easily determined 

since the properties for the pure hydrocarbons are known. The C7+ fraction 

contains a large number of heavier hydrocarbons. Pedersen et al. (1988) assume a 

linear relationship between logarithm of mole fraction ln z  and carbon number. 

For any component i of the C7+ fraction: 

ln zi = A + B Cni  

where zi and Cni are the mole fraction and carbon number of component i, 

respectively. A and B are constants determined from composition and PVT on the 

heavy fraction. The following relation is used to determine the molecular weight 

(Mw) of each heavy pseudocomponent: 

Mwi = 14 Cni - 4 
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8.3.8 Relative Permeability Model 

Modeling the changes in the relative permeability near the well bore is 

essential to get accurate results. For this study, the UT relative permeability model 

developed by Pope et al. (1998) has been used to model these changes in relative 

permeability. The model was fit to the experimental relative permeability 

measurements as explained in Chapters 4 and 5.  

Figure 8.9 shows the capillary desaturation curves generated using the 

trapping parameters used for this study. It can be seen from the plot that it is 

typical of a water-wet rock. Water is trapped in the smaller pores; a hence higher 

potential gradient is required to reduce the residual saturation of water compared 

to that of condensate or gas. Figure 8.10 and Figure 8.11 shows the gas and oil 

relative permeability curves for different trapping numbers. The endpoints for 

water, oil and gas relative permeability, residual saturations of the three phases, 

exponents for water, oil and gas relative permeability and different trapping 

parameters before and after treatment used in this study are shown in Table 8.5. 

 

8.4 SIMULATION RESULTS 

Table 8.6 summarizes the different cases for which simulation runs were 

made for single layer reservoir case. Table 8.7 summarizes the different cases for 

which simulation runs were made for layered reservoir case. The sensitivity 

studies were carried out by comparing with the base case. All the cases 

incorporated non-Darcy and Capillary number effect. The improvement due to 
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chemical treatment is shown as improvement in gas and condensate production 

rates. 

 

8.4.1 SINGLE LAYERED RESERVOIR  

Figure 8.12 compares the base case treatment by comparing gas rates 

before and after chemical treatment at initial water saturation of 0.2, reservoir 

permeability of 10 md and drawdown pressure of 4500 psig. The treatment was 

done for 10 feet and after 1 year of production. The chemical treatment increased 

the production of gas by a factor of 1.7 and the improvement declined slightly 

with time to about 1.46 at the end of 900 days of production. This may be due to 

the effect of lower drawdown pressure with time as reservoir is producing more 

gas and so average reservoir pressure declines rapidly in the treatment case as 

compared to no treatment case (see Fig. 8.13).  The treatment was simulated by 

using post-treatment relative permeability curve for the first 10 ft radius from the 

wellbore. Figure 8.14 shows the condensate (oil) saturation profile at different 

times during the life of the reservoir for pretreatment case. The bank reaches 

pseudo steady-state after 300 days which implies that the bank does not grow 

significantly after that time period. This is further observed in Fig. 8.15, which 

shows krg/kro ratio at different times for the pretreatment case. Figure 8.16 shows 

the capillary number after 500 days for the pretreatment case. Near well capillary 

numbers are not high enough to dominate the capillary number effect. The PI 

(Productivity Index) is defined as 

PI=qsc / Pavg-Pbhp  



205 

The PI curve for the pretreatment case using the above definition is shown in Fig. 

8.17. A more standard definition of PI is based on m(P) definition. 

The PI curve from this definition is shown in Fig 8.18. The curves are 

different due to the fact that the gas viscosity changes over time and the first 

definition do not take into account the viscosity change. The way PIs are defined 

is extremely important as the general PI trend seen in one case (single phase oil 

flow) may not be observed in other case (gas-condensate two phase flow) with 

same definition.  

 

8.4.1.A EFFECT OF TREATMENT RADIUS  

Figure 8.19 compares the effect of different treatment radius on the gas 

rates. Larger the treatment radius more is the increase in the gas rate. It should be 

noted that the treatment radius should not be more then the condensate bank 

region as the improvement will not increase with treatment radius beyond the 

condensate bank region. Figure 8.20 shows the net gas production with different 

treatment radius at different times after the treatment. Net gas production is the 

difference between pretreatment cumulative gas production and treatment 

cumulative gas production. The net gas production increases rapidly for treatment 

radius up to 10 ft and then the increase is more gentle and flattens out for larger 

treatment radius of 50 ft. Different curves show the net gas production for 

different times after the treatment.  

Figure 8.21 shows the average reservoir pressure for different treatment 

radius. The gas rates increases with the treatment radius which increases the 
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decline of average reservoir pressure. The treatment was done after 1 year of 

production. Least average reservoir pressure after 900 days is for the treatment 

radius of 50 ft.  

Figure 8.22 shows the condensate (oil) saturation for different treatment 

radius with distance from the well. The treatment zone has lower condensate 

saturation as compared to the pretreatment zone. This is due to the fact that the 

relative permeability model after the treatment has lower residual saturation of 

condensate and gas in it. The condensate saturation for the treatment case beyond 

the treatment radius is observed to be higher then the pretreatment case. The 

increase in the condensate saturation after treatment beyond treatment zone is 

around 20%.  

Figures 8.23, 8.24 and 8.25 compares the condensate rate production, 

cumulative condensate production and cumulative gas production for different 

treatment radius. Larger the treatment radius more is the benefit but the benefit 

compared for 50 ft and 20ft is less as compared to 20ft and 5ft. This suggest that 

after a certain critical radius (in this case 10ft) the benefit is not significant for 

larger radius (greater than Rcriticial).  

8.4.1.B EFFECT OF TREATMENT AT DIFFERENT TIMES DURING THE LIFE OF 
RESERVOIR  

Figure 8.26 compares the effect of treatment at different times during the 

life of reservoir on gas rates after chemical treatment done for 10 feet. The 

treatment is done at 0, 1 and 5 years after the production starts. Treatment shows 

improvement even after 0 years of production. This is due to increase in relative 

permeability of gas and condensate due to wettability alteration towards 
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intermediate wetting. Although, there is no bank formed in the early stages of 

production but due to increase in gas and condensate relative permeability due to 

lower liquid saturation and no initial water saturation present in the treatment 

zone causes an increase in the production. The simulation assumes that the 

treatment is durable throughout the time, which may not be true in actual field. 

The increase in gas rate is lower for the treatment performed after 5 years as 

compared to previous time due to lower drawdown pressure at 5 years (see 

Fig. 8.27). Each treatment case is simulated for 3 years after the treatment. 

Figures 8.28, 8.29 and 8.30 compares the condensate rates, cumulate condensate 

production and cumulative gas production for different times at which 10 ft 

treatment was performed.  

8.4.1.C EFFECT OF CONNATE WATER SATURATION 

Figure 8.31 compares pretreatment gas production rates for different 

initial water saturation of 0.1, 0.2 and 0.3. The gas rates decrease with the 

increase in initial water saturation as the relative permeability of gas decreases 

with increase in initial water saturation. The trend is similar for condensate 

production and is shown in Fig. 8.32.  The treatment was done after 1 year of 

production for ten feet. Fig. 8.33 compares the net improvement in gas rate for 

different initial water saturation. The net increase is more in the case with higher 

initial water saturation. This is due to the fact that in the treatment zone the water 

saturation is zero as during the treatment the water is miscibly displaced by the 

treatment solution. The possibility of water flowing back during post production 

is very low as the relative permeability of water will be very low as it is at 
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residual saturation in the reservoir. Fraction of mobile water also has the 

possibility of getting vaporized by the gas during the gas production. Hence, the 

reduction in liquid saturation in treatment zone is greater in the case with more 

initial water saturation, which results in more net increase in gas rates for high 

initial water saturation case. In this case the improvement in Swi=0.2 and Swi=0.3 

is almost similar.  

8.4.1.D EFFECT OF DRAWDOWN PRESSURE ON CHEMICAL TREATMENT 

Figure 8.34 compares the effect of different drawdown pressure on gas 

rates for pretreatment case. The initial water saturation was 0.2 for both the cases. 

The gas rate is lower for lower drawdown pressure as expected. Figure 8.35 

compares the net gas rate for treatment of 10 ft after 1 year of production for 

different drawdown pressures of 4500 psig and 3000 psig. The net improvement 

in gas rates after chemical treatment is more in the case when the drawdown 

pressure is lower (see Fig. 8.36). The figure shows the average reservoir pressure 

with time for two different drawdown pressures for pretreatment case. The 

drawdown pressure is changed by changing the bottom hole pressure. The fluid 

has twice the liquid dropout at higher bottom hole pressure (drawdown=4500 

psig) as compared to lower bottom hole pressure (drawdown=3000 psig). The 

improvement is seen more in low drawdown pressure. Figure 8.37 compares the 

effect of chemical treatment on net improvement in condensate rates for different 

drawdown pressure for 10 feet and after 1 year at initial water saturation Swi=0.2.  
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8.4.1.E EFFECT OF SKIN ON CHEMICAL TREATMENT 

Figures 8.38 and 8.39 compares the effect of skin on gas rates and 

condensate rates for pretreatment case. The lowest rates are observed for greatest 

skin as expected. Fig. 8.40 shows the average reservoir pressure for different 

skins. Larger the skin lower is the production rate which decreases the decline of 

reservoir pressure and so largest skin shows more average reservoir pressure at 

any given time. Fig. 8.41 shows the net gas improvement after chemical treatment 

for 10 ft for different skins. Largest skin showed the maximum improvement in 

the net gas rates. Fig. 8.42 shows the net condensate improvement after chemical 

treatment and shows that the maximum improvement is for the case with largest 

skin.  

8.4.2 LAYERED RESERVOIR CASE 

Table 8.7 describes the different cases simulated to investigate the effect of 

various parameters such as treatment radius, treatment time, drawdown pressure 

and initial water saturation on the chemical treatment improvement for layered 

reservoir case. Table 8.4 describes the layered reservoir properties for the base 

case. Figure 8.43 compares the base case treatment by comparing gas rates before 

and after chemical treatment at initial water saturation of 0.2 and drawdown 

pressure of 4500 psig. The treatment was done for 10 feet and after 1 year of 

production in all the four zones. The chemical treatment increased the production 

of gas by 60% during early times after treatment and declined to 42% at the end 

of 900 days. This may be due to the effect of lower drawdown pressure with time 

as reservoir is producing more gas and so average reservoir pressure declines 
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rapidly in the treatment case as compared to no treatment case (see Fig. 8.44).  

Figure 8.45 shows the condensate (oil) saturation profile at different times during 

the life of the reservoir for pretreatment case for zone 2 as this zone accounts for 

90% production from the whole reservoir based on kh product. The bank reaches 

pseudo steady-state after 300 days which implies that the bank does not grow 

significantly after that time period. This is further observed in Fig. 8.46 which 

shows krg/kro ratio at different times for the pretreatment case. The ratio is almost 

similar in the pseudo steady-state region of the reservoir. Figure 8.47 shows the 

capillary number after 500 days for the pretreatment case for the zone 2. Near 

well capillary numbers are not high enough to dominate the capillary number 

effect. The PI curve for the pretreatment case using the above definition is shown 

in Fig. 8.48.  

Figures 8.49 to 8.53 show condensate saturation at 10, 100, 365 (1 year), 

1000 (3 years), 1825 (5 years) in different layers of the reservoir. The condensate 

bank spreads more in a high permeability layer as compared to low permeability 

layer. Layer 2 and layer 3 are high permeability layers (7 md) as compared to 

layer 1 and 4 (0.3 md). The condensate bank propagates almost proportional to 

the permeability of the layer. The layers are non-communicating (kv/kh=0). 

8.4.2.A EFFECT OF TREATMENT RADIUS  

Figure 8.54 compares the effect of different treatment radius on the gas 

rates. Larger the treatment radius more is the increase in the gas rate. It should be 

noted that the treatment radius should not be more then the condensate bank 

region as the improvement will not increase significantly with treatment radius 
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beyond the condensate bank region. Figure 8.55 shows the net gas production 

with different treatment radius at different times after the treatment for zone two. 

Net gas production is the difference between pretreatment cumulative gas 

production and treatment cumulative gas production. The net gas production 

increases rapidly for treatment radius up to 10 ft and then the increase is more 

gentle and flattens out for larger treatment radius of 50 ft. Different curves show 

the net gas production for different times after the treatment.  

Figure 8.56 shows the average reservoir pressure for different treatment 

radius. The gas rates increases with the treatment radius which increases the 

decline of average reservoir pressure. The treatment was done after 1 year of 

production. Least average reservoir pressure after 900 days is for the treatment 

radius of 50 ft.  

Figure 8.57 shows the condensate (oil) saturation for different treatment 

radius with distance from the well for zone 2. The treatment zone has lower 

condensate saturation as compared to the pretreatment zone. This is due to the fact 

that the relative permeability model after the treatment has lower residual 

saturation of condensate and gas in it. The condensate saturation for the treatment 

case beyond the treatment radius is same as the pretreatment case. The increase in 

the condensate saturation after treatment beyond treatment zone is around 20%.  

Figure 8.58, 8.59 and 8.60 compares the condensate rate production, 

cumulative condensate production and cumulative gas production for different 

treatment radius. Larger the treatment radius more is the benefit but the benefit 

compared for 50 ft and 20ft is less as compared to 20ft and 5ft. This suggest that 
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after a certain critical radius (in this case 10ft) the benefit is not significant for 

larger radius (greater than Rcriticial).  

 

8.4.2.B EFFECT OF TREATMENT AT DIFFERENT TIMES DURING THE LIFE OF 
RESERVOIR 

Figure 8.61 compares the effect of treatment at different times during the 

life of reservoir on gas rates after chemical treatment done for 10 feet. The 

treatment is done at 0, 1 and 5 years after the production starts. Treatment shows 

improvement even after 0 years of production. This is due to increase in relative 

permeability of gas and condensate due to wettability alteration towards 

intermediate wetting. Although, there is no bank formed in the early stages of 

production but due to increase in gas and condensate relative permeability due to 

lower liquid saturation and no initial water saturation present in the treatment 

zone causes an increase in the production. The simulation assumes that the 

treatment is durable throughout the time, which may not be true in actual field. 

The increase in gas rate is lower for the treatment performed after 5 years as 

compared to previous time due to lower drawdown pressure at 5 years (see 

Fig. 8.62). Each treatment case is simulated for 3 years after the treatment. 

Figures 8.63, 8.64 and 8.65 compares the condensate rates, cumulate condensate 

production and cumulative gas production for different times at which 10 ft 

treatment was performed.  



213 

8.4.2.C EFFECT OF CONNATE WATER SATURATION ON CHEMICAL 
TREATMENT 

Figure 8.66 compares pretreatment gas production rates for different 

initial water saturation of 0.1, 0.2 and 0.3. The gas rates decrease with the 

increase in initial water saturation as the relative permeability of gas decreases 

with increase in initial water saturation. The trend is similar for condensate 

production and is shown in Fig. 8.67.  The treatment was done after 1 year of 

production for ten feet. Fig. 8.68 compares the net improvement in gas rate for 

different initial water saturation. The net increase is more in the case with higher 

initial water saturation. This is due to the fact that in the treatment zone the water 

saturation is zero as during the treatment the water is miscibly displaced by the 

treatment solution. The possibility of water flowing back during post production 

is very low as the relative permeability of water will be very low as it is at 

residual saturation in the reservoir. Fraction of mobile water also has the 

possibility of getting vaporized by the gas during the gas production. Hence, the 

reduction in liquid saturation in treatment zone is greater in the case with more 

initial water saturation, which results in more net increase in gas rates for high 

initial water saturation case. In this case the improvement in Swi=0.2 and Swi=0.3 

is almost similar. 

8.4.2.D EFFECT OF DRAWDOWN PRESSURE ON CHEMICAL TREATMENT 

Figure 8.69 compares the effect of different drawdown pressure on gas 

rates for pretreatment case. The initial water saturation was 0.2 for both the cases. 

The gas rate is lower for lower drawdown pressure as expected. Figure 8.70 

compares the net gas rate for treatment of 10 ft after 1 year of production for 
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different drawdown pressures of 4500 psig and 3000 psig. The net improvement 

in gas rates after chemical treatment is more in the case when the drawdown 

pressure is lower. The figure shows the average reservoir pressure with time for 

two different drawdown pressures for pretreatment case. The drawdown pressure 

is changed by changing the bottom hole pressure. The fluid has twice the liquid 

dropout at higher bottom hole pressure (drawdown=4500 psig) as compared to 

lower bottom hole pressure (drawdown=3000 psig). The improvement is almost 

similar in both the cases.  

8.5 ANALYTICAL MODEL 

Gas relative permeability is the most important factor that determines the 

productivity in a gas condensate well. An analytical approach is presented to 

predict improvement in productivity due to chemical treatment. Using simple 

spreadsheet calculations, plots are made for improvement in productivity with 

increase in treatment radius. Further, more the analytical model shows that the 

improvement in productivity is lower as compared to measured improvement in 

gas relative permeability. These plots are then compared with the results obtained 

from numerical simulations, which are run for sufficiently long periods of time so 

that pseudo-steady-state is reached. 

 In developing the analytical model, the following assumptions have been 

made: 

1. Flow is radial. 

2. Flow is governed by Darcy's law. 
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3. Low flow rate well (Capillary number effect and non-Darcy effect 

are not present).  

4. Pseudo steady-state is reached in the condensate bank. 

5. Gas relative permeability is assumed constant in the bank. 

Thus, gas flow given by Darcy’s law for pretreatment case is: 

( )

c

avg wf
pretreatment,g

g e c

g c rg w

P -P2πkhq =
μ r r1 1ln + ln +S

k r k r
⎛ ⎞⎛ ⎞ ⎛ ⎞
⎜ ⎟⎜ ⎟ ⎜ ⎟⎜ ⎟ ⎜ ⎟⎜ ⎟⎝ ⎠ ⎝ ⎠⎝ ⎠

 8.1 

 

For post-treatment case the gas flow given by Darcy’s law is: 

( )

c t
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g e c t

g c rg rg wt
+
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 8.2 

 

Improvement factor in productivity is given by: 

8.3 
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where  

kg = gas permeability in single phase region at connate water saturation 

krgc = gas relative permeability in condensate bank region 

krgt = gas relative permeability in treated region 

re = drainage radius 

rc = condensate bank radius 

rt = treatment zone radius 

rw = well radius 

S = skin  

The above expression is for single layer homogeneous reservoir. For multi-layer 

reservoir the improvement ratio can be calculated as: 

8.5 

8.6 

c

c t

c
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8.7 

 

Hence, for a multi-layered reservoir the overall improvement is weighted average 

on product of permeability and thickness for improvement in each layer. 
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Based on above expression the improvement factor was calculated and 

compared to simulation results for a four layered reservoir case. The average 

treatment radius was 20 feet and it was assumed that the amount of treatment 

solution in each layer is proportional to the product of thickness and permeability 

(kh). Table 8.8 shows the parameters used to calculate the improvement from 

analytical expression. The parameters were taken from the simulation output 

results. The treatment was applied after one year of production. Improvement in 

gas rate is plotted for first 300 days in Figure 8.72. The average improvement 

from simulation results is 1.78. The analytical solution gives 1.65. The difference 

is due to pressure drop in the reservoir outside the condensate bank in treated and 

untreated case. The other difference is that the analytical solution is at 

steady-state. Further, the improvement ratio will decrease with time as the bank 

spreads further away in the reservoir.  

8.6 CONCLUSIONS 

Single well simulation studies were conducted in a compositional equation 

of state simulator GEM to evaluate the effect of treatment radius, treatment time 

during the life of reservoir, initial water saturation, skin and drawdown pressure 

on improvement due to chemical treatment in single layer and four layer reservoir 

cases. Increasing the treatment radius increased the production. There is a critical 

treatment radius after which increasing the treatment radius shows no significant 

improvement. The treatment radius parameter is dependent on many parameters, 

important being the condensate bank distance. The time at which treatment is 

applied is important as applying the treatment during early times will give more 
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production in a given time period and will delay the bank, thus giving long times 

high production rates. The initial water saturation decreases the production rates 

as Swi is increased. The improvement due to treatment for higher water saturation 

is more then for the lower water saturation as in the treatment zone there is no 

water saturation. The treatment solution miscibly displaces water and so there is 

no water in the treated zone. This increases the improvement for high initial water 

saturation as the effect of removal of water is more for higher water saturation. 

Effect of skin is similar to initial water saturation. Production rates are reduced by 

increasing the skin. The improvement due to chemical treatment is more for high 

skins. The average improvement in gas rates during 200 days after treatment was 

70% for skin=3 as compared to 45% for no skin. Drawdown pressure directly 

impacts the production rates, lower drawdown produces low rates. Different 

drawdown pressure does not show much difference in the improvement due to 

chemical treatment. The improvement is 5% more for lower drawdown pressure 

of 3000 psig as compared to 4500 psig. 

An economic analysis of the chemical treatment was done for the four 

layer case reservoir. The treatment radius was 10 feet and the chemical used was 

FC4430 to evaluate the treatment cost (operating cost were not included). The 

treatment cost was in the range of $250,000. If it is assumed that the treatment 

lasts for 100 days, the net production of gas and condensate was 0.42 billion 

standard cubic feet (BSCF) and 18,900 stock tank barrels (STB). The extra 

revenue from both gas and condensate assuming $5/MSCF and $60/STB was $3.1 
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million in 100 days. The payout time for the treatment based on above numbers 

was 9 days.  

An analytical model was developed to predict the improvement by 

chemical treatment using steady-state theory. The parameters required are average 

gas relative permeability in the condensate bank region, treated region and outside 

the bank. The average value of gas relative permeabilities in condensate bank 

zone and treated zone was computed from the simulator output values. The 

analytical solution was compared to simulation output for a four layered 

(non-communicating) reservoir. The improvement ratio predicted by simulation 

was 1.81 as compared to 1.78 by analytical solution.  
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Table 8.1: Radial gridding for single layered and multi layered reservoir.  

Single 
Layered 

Radial 
direction 
from well 

Size of radial 
blocks (ft) Layer Thickness (ft) 

1 to 40 0.1 1 70 
41 to 55 1   
56 to 70 2   
71 to 91 5   
91 to 105 10   
106 to 155 20   
156 to 205 44   

 

    

Multi 
Layered 

Radial 
direction 
from well 

Size of radial 
blocks (ft) Layer Thickness (ft) 

1 to 40 0.1 1 60 
41 to 55 1 2 35 
56 to 70 2 3 2 
71 to 91 5 4 5 
91 to 105 10   
106 to 155 20   

 

156 to 205 44   
 
 

Table 8.2: Critical parameters for Britannia gas condensate fluid system. 
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 Table 8.3: Binary interaction coefficients for Britannia gas condensate fluid 

 

 Table 8.4: Reservoir properties for single-layered and multi-layered reservoir.  

Single-layered     
Property Layer 1    

Drainage radius (ft) 3504    
Thickness (ft) 70    

Porosity 0.15    
Permeability (md) 7    

Initial water saturation 0.2    
Average reservoir pressure (psig) 5100    

Component Tc (°F) Pc (psig) Accentric 
factor (ω) Vc (cm³/mol)

N2 -232.51 477.62 0.04 89.8 
CO2 87.89 1055.17 0.225 94 
C1 -116.59 652.5 0.008 99 

C2-C3 133.579 658.89 0.1183 168.65 
C4-C5 360.283 484.46 0.2307 300.15 
C7-C10 560.282 365.1 0.395 534.41 
C11-C16 734.6 267.97 0.5938 751.23 
C17-C74 1016.2 203.74 0.9104 1400.77 

N2 CO2 C1 C2-C3 C4-C5 C7-C10 C11-C16 C17+ 
CO2 -0.017       
C1 0.031 0.120      

C2-C3 0.061 0.120 0.000     
C4-C5 0.089 0.120 0.000 0.000    
C7-C10 0.080 0.100 0.000 0.000 0.000   
C11-C16 0.080 0.100 0.000 0.000 0.000 0.000  

C17+ 0.080 0.100 0.000 0.000 0.000 0.000 0.000 
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Bottomhole pressure (psig) 1500    
Well radius (ft) 0.25    

Skin 0    
     

Multi-layered     
Property Layer 1 Layer 2 Layer 3 Layer 4

Drainage radius (ft) 3504 3504 3504 3504 
Thickness (ft) 60 35 5 2 

Porosity 0.15 0.15 0.15 0.15 
Permeability (md) 0.3 7 7 0.3 

Initial water saturation 0.2 0.2 0.2 0.2 
Average reservoir pressure (psig) 5100 4200 5100 5800 

Bottomhole pressure (psig) 1500 1500 1500 1500 
Well radius (ft) 0.25 0.25 0.25 0.25 

Skin 0 0 0 0 
 

Table 8.5: Parameters used in relative permeability model before and after the 
treatment.  

Pre Treatment  Post Treatment  
Nc_gas 1.00×10-7 Nc_gas 1.00×10-7 

Swr 0 Swr 0 
Sor 0.3 Sor 0.15 
Sgr 0.25 Sgr 0.1 
kro

o 0.3 kro
o 0.55 

krg
o 0.45 krg

o 0.7 
Corey oil exponent 2 Corey oil exponent 2 
Corey gas exponent 3.6 Corey gas exponent 3 

Tw 100 Tw 100 
To 10,000,000 To 10,000,000
Tg 3,000,000 Tg 3,000,000 
τw 1.1 τw 1.1 
τo 2 τo 2 
τg 2 τg 2 
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Table 8.6: Single layered cases to study sensitivity to various parameters.  

 

Table 8.7: Multi layered cases to study sensitivity to various parameters. 

Sensitivity Studies Base Case Case 0 Case 1 Case 2 Case 3 Case 4
Treatment Time(year)  1 1 1 1 1 
Treatment Radius(ft)  10 2 5 20 1 

Initial water saturation 0.2 0.2 0.2 0.2 0.2 0.2 
Drawdown pressure (psi) 4500 4500 4500 4500 4500 4500 

Porosity 0.15 0.15 0.15 0.15 0.15 0.15 
Skin 0 0 0 0 0 0 

       
Sensitivity Studies Case 5 Case 6 Case 7 Case 8 Case 9 Case 10

Treatment Time(year) 1 0 5 1 1 1 
Treatment Radius(ft) 50 10 10 10 10 10 

Initial water saturation 0.2 0.2 0.2 0.1 0.3 0.2 
Drawdown pressure (psi) 4500 4500 4500 4500 4500 3000 

Porosity 0.15 0.15 0.15 0.15 0.15 0.15 
Skin 0 0 0 0 0 0 

 
 

Sensitivity Studies Base Case Case 0 Case 1 Case 2 Case 3 Case 4 Case 5
Treatment Time(year)  1 1 1 1 1 1 
Treatment Radius(ft)  10 2 5 20 1 50 

Initial water saturation 0.2 0.2 0.2 0.2 0.2 0.2 0.2 
Drawdown pressure (psi) 4500 4500 4500 4500 4500 4500 4500 

Permeability (md) 5 5 5 5 5 5 5 
Porosity 0.15 0.15 0.15 0.15 0.15 0.15 0.15 

Skin 0 0 0 0 0 0 0 
        

Sensitivity Studies Case 6 Case 7 Case 8 Case 9Case 10 Case 11 Case 12
Treatment Time(year) 0 5 1 1 1 1 1 
Treatment Radius(ft) 10 10 10 10 1 10 10 

Initial water saturation 0.2 0.2 0.1 0.3 0.2 0.2 0.2 
Drawdown pressure (psi) 4500 4500 4500 4500 4500 4500 3000 

Permeability (md) 5 5 5 5 5 5 5 
Porosity 0.15 0.15 0.15 0.15 0.15 0.15 0.15 

Skin 0 0 0 0 1 3 0 
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Table 8.8: Analytical solution of improvement in production due to chemical 
treatment. 

 

Drainage radius 
(re), feet 3500  

Average Gas Relative 
Permeability in Condensate

Bank (krgc) 
0.15 The gas relative permeability was averaged from 

the simulation results 

Average Gas Relative 
Permeability in 

Treated Zone (krgT) 
0.28 The gas relative permeability was averaged from 

the simulation results in the treated zone 

Gas  Relative 
Permeability 

outside the Bank (krgo) 
0.75  

Well radius (rw), feet 0.25  
Number of Layers 4  

Layer k(md)h(ft) Radius 
of Bank rc

Radius of  
Treatment (rT) Skin Ri (Improvement

 in each layer) 
1 0.3 60 20 5.2 0 1.35 
2 7 35 65 70.4 0 1.70 
3 7 2 65 4 0 1.25 
4 0.3 5 20 0.4 0 1.04 

Overall Improvement 1.65 
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j=1 
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Figure 8.1: Schematic of local grid refinement in GEM simulator 

 

Figure 8.2: Schematic of the simulation grid used for performing simulations for 
single well modeling in GEM 
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Figure 8.3: Magnified view of the near well gridding. 
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Figure 8.4: Phase envelope of Britannia fluid calculated using PREOS  
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Figure 8.5: Liquid dropout of Britannia fluid calculated using PREOS at 275oF.  
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Figure 8.6: Liquid viscosity of Britannia fluid calculated using PREOS at 275oF  



228 

0.000

0.005

0.010

0.015

0.020

0.025

0.030

0.035

0.040

0 1000 2000 3000 4000 5000 6000 7000

Pressure, psig

G
as

 V
is

co
si

ty
, c

P

 

Figure 8.7: Gas viscosity of Britannia fluid calculated using PREOS at 275oF  
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Figure 8.8: Interfacial tension of Britannia fluid calculated using PREOS at 275oF 
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Figure 8.9: Effect of capillary number on residual oil saturation calculated using 
UT relative permeability model.  
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Figure 8.10: Effect of capillary number on gas relative permeability at different 
krg/kro calculated using UT relative permeability model. 
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Figure 8.11: Effect of capillary number on oil relative permeability at different 
krg/kro calculated using UT relative permeability model. 
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Figure 8.12: Comparison of gas rates before and after 1 year treatment of 10 feet 
for single layered homogeneous reservoir.   
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Figure 8.13: Comprison of average reservoir pressure before and after 1 year 
treatment of 10 feet for single layered homogeneous reservoir.  
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Figure 8.14: Oil saturation after 500 days for pretreatment base case for single 
layered homogeneous reservoir.  
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Figure 8.15: Relative permeability ratios for pretreatment base case for single 
layered homogeneous reservoir 
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Figure 8.16: Capillary number for pretreatment base case for single layered 
homogeneous reservoir. 
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Figure 8.17: Productivity index for pretreatment base case for single layered 
homogeneous reservoir  
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Figure 8.18: Productivity index for pretreatment base case for single layered 
homogeneous reservoir   
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Figure 8.19: Effect of treatment radius on gas flow rates for single layered 
homogeneous reservoir.  
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Figure 8.20: Effect of treatment radius on net improvement in gas production after 
different time periods for single layer homogeneous reservoir.  
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Figure 8.21: Effect of treatment radius on average reservoir pressure for single 
layer homogeneous reservoir 
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Figure 8.22: Effect of treatment radius on oil saturation after 500 days of 
production for single layer homogeneous reservoir.  
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Figure 8.23: Effect of treatment radius on oil production rate for single layer 
homogeneous reservoir. 
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Figure 8.24 Effect of treatment radius on cumulative oil production rate for single 
layer homogeneous reservoir. 
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Figure 8.25: Effect of treatment radius on cumulative gas production rate for 
single layer homogeneous reservoir. 
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Figure 8.26: Effect of treatment time during production on gas rates for single 
layer homogeneous reservoir. 
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Figure 8.27: Effect of treatment at different times during production on average 
reservoir pressure for single layer homogeneous reservoir.  
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Figure 8.28: Effect of treatment at different times during production on oil rates 
for single layer homogeneous reservoir.  
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Figure 8.29: Effect of treatment at different times during production on 
cumulative oil production for single layer homogeneous reservoir 
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Figure 8.30: Effect of treatment at different times during production on 
cumulative gas production for single layer homogeneous reservoir.  
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Figure 8.31: Effect of initial water saturation on gas production rate for single 
layer homogeneous reservoir before treatment. 



241 

0

100

200

300

400

500

600

0 500 1000 1500 2000 2500 3000 3500 4000
Time, Days

O
il 

R
at

e,
 S

TB
/D

ay
PreTreat(Sw=0.2)
PreTreat(Sw=0.1)
PreTreat(Sw=0.3)

  

 

Figure 8.32: Effect of initial water saturation on oil production rate for single 
layer homogeneous reservoir before treatment.  
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Figure 8.33: Effect of 10 feet treatment after 1 year of production on gas rate for 
different initial water saturation for single layer homogeneous 
reservoir.  



242 

0

1

2

3

4

5

6

7

8

9

10

11

12

0 100 200 300 400 500 600 700 800 900

Time, Days

G
as

 R
at

e,
 M

M
SC

F/
D

ay
Drawdown Pressure = 4500 psig
Drawdown Pressure = 3000 psig

 

Figure 8.34: Effect of drawdown pressure on gas rates before treatment for single 
layer homogeneous reservoir.  
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Figure 8.35: Effect of 10 feet treatment after 1 year of production on gas rate 
improvement for different drawdown pressures for single layer 
homogeneous reservoir.  
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Figure 8.36: Average reservoir pressure for different drawdown pressure before 
treatment for single layer homogeneous reservoir.  
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Figure 8.37: Effect of 10 feet treatment done after 1 year of production on net oil 
rate improvement for different drawdown pressure for single layer 
homogeneous reservoir.  
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Figure 8.38: Effect of skin on gas production rate before treatment for single layer 
homogeneous reservoir  
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Figure 8.39: Effect of skin on oil production rate before treatment for single layer 
homogeneous reservoir  
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Figure 8.40: Effect of skin on average reservoir pressure before treatment for 
single layer homogeneous reservoir  
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Figure 8.41: Effect of 10 feet treatment done after 1 year of production on net gas 
rate improvement for different skins for single layer homogeneous 
reservoir  
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Figure 8.42: Effect of 10 feet treatment done after 1 year of production on net oil 
rate improvement for different skins for single layer homogeneous 
reservoir. 
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Figure 8.43: Effect of 10 feet treatment done after 1 year of production on gas rate 
for four layer reservoir. 
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Figure 8.44: Effect of 10 feet treatment done after 1 year of production on average 
reservoir pressure for four layer reservoir. 

0

0.05

0.1

0.15

0.2

0.25

0.3

0.35

0.4

0 10 20 30 40 50 60 70 80 90 100
Distance from Well, Feet

O
il 

Sa
tu

ra
tio

n,
 S

o

So ( 100 Days)
So (500 Days)
So (300 Days)
So (730 Days)
So (1090 Days)
So (1825 Days)

 

Figure 8.45: Oil saturation in zone two before treatment for four layer reservoir. 
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Figure 8.46: Relative permeability ratio for zone two before treatment for four 
layer reservoir. 
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Figure 8.47: Capillary number for zone two before treatment for four layer 
reservoir. 
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Figure 8.48: Normalized productivity index for zone two before treatment for four 
layer reservoir.  

 

Figure 8.49: Condensate saturation after 10 days in different layers 
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Figure 8.50: Condensate saturation after 100 days in different layers. 

  

 

 

Figure 8.51: Condensate saturation after 1 year in different layers. 
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Figure 8.52: Condensate saturation after 3 years in different layers. 

 

 

Figure 8.53: Condensate saturation after 5 years in different layers. 
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Figure 8.54: Effect of treatment radius on gas rates for zone two for four layer 
reservoir  
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Figure 8.55: Effect of treatment radius on net gas production at different time 
periods after treatment for zone two for four layer reservoir. 
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Figure 8.56: Effect of treatment radius on average reservoir pressure for zone two 
for four layer reservoir.  
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Figure 8.57: Effect of treatment radius on oil saturation in zone two for four layer 
reservoir. 
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Figure 8.58: Effect of treatment radius on oil rates for four layer reservoir 
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 Figure 8.59: Effect of treatment radius on cumulative oil production for four 
layer reservoir.  
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Figure 8.60: Effect of treatment radius on cumulative gas production for four 
layer reservoir. 
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Figure 8.61: Effect of 10 feet treatment done at different times during the life of 
the reservoir on gas rates for four layer reservoir. 
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Figure 8.62: Effect of 10 feet treatment done at different times during the life of 
the reservoir on average reservoir pressure for four layer reservoir.  

0
50

100
150
200
250
300
350
400
450
500
550
600

0 500 1000 1500 2000 2500 3000 3500 4000
Time, Days

O
il 

R
at

e,
 S

TB
/D

ay

No Treatment
Treat(1Yr, 10  ft)
Treat(0 Yr, 10 ft)
Treat(5 Yr, 10 ft)

 

Figure 8.63: Effect of 10 feet treatment done at different times during the life of 
the reservoir on oil rates for four layer reservoir  
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Figure 8.64: Effect of 10 feet treatment on Relative permeability ration for zone 
two before treatment for four layer reservoir  
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Figure 8.65: Relative permeability ratio for zone two before treatment for four 
layer reservoir  
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Figure 8.66: Effect of initial water saturation on gas production rates before 
treatment for four layer reservoir case. 
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Figure 8.67: Effect of initial water saturation on oil rates before treatment for four 
layer reservoir.  
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Figure 8.68: Effect of 10 feet treatment after 1 year of production on gas rates for 
different for four layer reservoir  
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Figure 8.69: Effect of drawdown pressure on gas rates before treatment for four 
layer reservoir. 
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Figure 8.70: Effect of 10 feet treatment after 1 year of production for different 
drawdown pressure on gas rate improvement for four layer reservoir.  
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Figure 8.71: Effect of 20 feet treatment after 1 year of production on gas rate 
improvement for four layer reservoir case. 



261 

Chapter 9: Summary and Conclusions 

9.1 SUMMARY 

The objective of the study was to evaluate the feasibility of increasing the 

gas-condensate relative permeability through chemical treatment with fluoro-

surfactants.  Previous research by others had shown that some fluoro-surfactants 

change the wettability of sandstone in a favorable direction, but such tests were 

not under realistic reservoir conditions nor did they use gas-condensate fluids or 

reservoir rocks. Several new fluoro-surfactants were screened in this research to 

evaluate their effectiveness under reservoir conditions.   The chemicals were 

evaluated by performing high-pressure high-temperature coreflood experiments 

with synthetic gas-condensate mixtures with properties similar to actual gas-

condensate reservoir fluids.  

A new experimental coreflood setup was designed and built to perform 

experiments at reservoir conditions. The experiments were performed first at a 

relatively low temperature of 145 oF and later at high temperatures up to 275 oF. 

Relative permeabilities were measured at very high capillary numbers (10-3) and 

large krg/kro ratio (greater than 100). In the literature there is a very small data 

published in the above mentioned range.  The most significant achievement of 

this research was the identification of a surfactant (FC4430) that was highly 

effective in improving gas-condensate relative permeability in sandstones under 

reservoir conditions. No such surfactant has been previously reported in the 

literature. 
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The study also found a novel way to deliver the surfactant in non-aqueous 

solvents such as methanol as compared to aqueous solvent (water). Majority of 

fluoro-surfactants are highly soluble in methanol (greater than 20 weight %), 

which is beneficial since methanol is used to address the problem of condensate 

banking. The study showed, for the first time, that the composition of treatment 

solution (surfactant-methanol-water) is dependent on reservoir conditions. To 

understand how the surfactants interact with mineral surfaces, spectroscopic 

studies such as SEM, TOF-SIMS and NMR were performed on the rock samples 

that had been treated in a core flood and then sent to 3M for further analysis.  

A reservoir simulation study was done to assess the impact of chemical 

treatment on a well with condensate blocking. The chemical treatment was 

simulated by dividing the reservoir into two rock types, one treated region and 

other non-treated region. The rock-fluid data was generated using UT relative 

permeability model and experimental results. Parameters such as treatment radius, 

time of treatment during the life of the reservoir, initial water saturation, skin and 

drawdown pressure were investigated using a compositional simulator that 

accounts for both capillary number and non-Darcy flow. Additionally, an 

analytical model was developed to predict the performance of chemical treatment.   

9.2 CONCLUSIONS 

Steady-state relative permeability data for Berea sandstone and Texas 

Cream limestone were measured at different temperatures and pressures with 

different gas-condensate fluids. The core flood experiments were done at different 

capillary numbers by changing the flow rate. These experiments were done using 
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the so called pseudo pressure method (or flashing method).  In this method, the 

single-phase gas mixture above its dew point pressure is flashed in the upstream 

back pressure regulator as it enters the core at a pressure below the dew point 

pressure. The pressure in the core is similar to the bottom hole flowing pressure of 

the well, so liquid drop and accumulation occurs until steady-state is reached.  

Also, some experiments were done using a co-injection method at different 

fractional flows  (krg/kro ratios). Measurements were made over a wide range of 

capillary numbers (10-6-10-3) and over wide range of krg/kro ratios (0.3-400).  

The UT relative permeability model was used to analyze and smooth the 

relative permeability data after adjusting several parameters to fit the data as a 

function of capillary number. The relative permeability increases sharply after the 

critical capillary number (10-4) is reached. The UT relative permeability model 

with the same parameters was used to compare the effect of krg/kro ratio. The 

model and data both show a trend of increasing gas and condensate relative 

permeability with increasing krg/kro ratios. 

Relative permeability data for Berea sandstone and Texas Cream 

limestone were measured after treating with different fluoro-surfactants. The 

treatment solution was composed of methanol, water and the surfactant. FS10 

showed an improvement by a factor of two when there was water present in the 

treatment solution (4 weight %) at 145oF but no improvement was shown when 

water was absent from the treatment solution and no initial water was present in 

the Berea sandstone core. The chemical was not effective at higher temperatures 

of 250oF even in the presence of water. This suggests that the chemical may be 
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undergoing self-polymerization in the solution itself at higher temperatures. 

Fluorosyl chemical caused plugging in the core at 145oF. FC4432 showed the 

same trend as shown by FS10 chemical. The FC4432 showed significant 

improvement (3.8 times) at low temperature of 145oF but did not show significant 

improvement (1.2) at higher temperature of 250oF. Chemical Zonyl-FSO did not 

show a significant improvement (1.2) at 250oF.  

The surfactant that showed the best improvement was FC4430. The 

improvement was significant at both low and high temperatures of 145oF and 

250oF. The treatment flow rate did not have a significant effect on the 

improvement factor. The effect of post treatment flow rate in some of the 

experiments caused the improvement factor to decrease with increasing flow rate. 

Experiments on limestone did not show any improvement with the two chemicals 

FS10 and FC4430 at 145oF and 250oF, respectively. 

 
The durability of the treatment was evaluated by injecting almost 4,000 

pore volumes of gas mixture following the treatment of a Berea sandstone core at 

250 °F. The treatment solution was 2 weight %  FC4430, 4 weight %  water and 

94 weight %  methanol. The improvement factor of 2.1 did not change during the 

entire time the gas mixture was injected. However, the durability evaluated in this 

study is not for large pore volumes as compared to a flowing well. Hence, longer 

experiments in the laboratory or an actual field test are required to investigate this 

parameter. 
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Following the chemical treatment and then injection of the gas mixture to 

measure the post-treatment steady-state relative permeability, methane was 

injected to displace the condensate and measure the final gas permeability at the 

end of the experiment. The final gas permeability was the same as the initial gas 

permeability at 100% gas saturation in each of the experiments where this 

procedure was performed. Thus, no damage has been observed in any of the 

sandstone cores due to chemical treatment. 

Steady-state relative permeability data for Britannia and Sanha reservoir 

cores were measured at 275oF and 260oF with different gas-condensate fluids 

before and after treating with FC4430. The treatment solution composed of 

methanol, water and the surfactant. Measurements were made over a range of 

capillary numbers (5x10-6- 10-4) and krg/kro ratios (1-10).  

The UT relative permeability model was compared with the experimental 

data before and after chemical treatment over a range of capillary numbers and 

krg/kro ratios. The relative permeability of gas increases sharply after the critical 

capillary number is reached. The data and the model agree well within the 

experimental noise. The gas and condensate relative permeability values increase 

as the capillary number is increased and krg/kro ratio is increased.  FC4430 showed 

an improvement by a factor of two when the concentration of water in the 

treatment solution was in the range of 4-10 weight % . There was no improvement 

observed when the concentration of water was increased to 25 weight %  in the 
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treatment solution. The high concentration of water causes the precipitation of the 

surfactant and face plugging of the core.  The improvement was seen in different 

reservoir cores that were tested with different gas condensate synthetic fluids at 

different temperatures and pressures. 

The surfactant adsorption was measured by weighing the core dry before 

and after the core floods and found to be on the order of 3 mg of surfactant per g 

of rock. The spectroscopic data also show clear evidence of surfactant adsorption 

on the surfaces.  It is not known at this time whether the adsorption occurs when it 

is being injected or later when the gas mixture injected. It is known that 

adsorption of nonionic surfactants is a function of the solvent, the residence time 

and the temperature. As temperature increases, nonionic surfactants reach a cloud 

point where they are no longer soluble in the solvent, so measuring the cloud 

point is a qualitative way to understand solvency.  

Therefore, cloud point studies at high temperature and pressure were 

performed by changing the water concentration in the water-methanol-surfactant 

solution. The cloud point studies do show that at higher water concentration the 

FC4430 and FC4432 precipitate out of solution.  If the surfactant is too soluble in 

the solvent mixture of methanol and water, then it will not adsorb on the rock. 

However, above a certain water concentration or temperature, it will precipitate 

and cannot be injected uniformly in the core. The polymeric nature of FC4430 

and FC4432 results in multiple contacts with the substrate, which increases its 
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durability. The NMR results show that ethylene oxide groups in the surfactant 

interact strongly with the silica surface and adsorption occurs due to hydrogen 

bonding between the oxygen and silica surface.  

Compositional simulations showed that the increase in the productivity of 

a treated well was slightly less than the improvement factor in relative 

permeability measured in the core flood. The main reason is because only part of 

the condensate bank is treated assuming a treatment radius of 10 to 20 feet. For 

example, if the increase in the relative permeability is assumed to be a factor of 2, 

then a typical increase in the productivity of the well for a treatment radius of 20 

feet is about 1.7.  The pressure drop occurring outside the condensate bank before 

and after treatment explains why the increase in productivity is less than a factor 

of 2.   Other complications such as non-Darcy flow were not significant in the 

cases studied.   

  There is a critical treatment radius after which increasing the treatment 

radius shows no significant improvement. The treatment radius parameter is 

mainly dependent on the condensate bank distance. The time at which treatment is 

applied is significant. Simulations show that applying the treatment soon after gas 

production starts is more beneficial than applying it late in the life of the 

reservoir.  The simulations show that when the well is treated before formation of 

the condensate bank, then it is at least partially prevented from forming. An 

additional benefit is the removal of the connate water. This benefit is small unless 
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the water saturation is higher than values on the order of 0.3. The treatment 

solution miscibly displaces water and so there is no water in the treated zone.   

The results of this study are very promising. Table 9.1 summarize all the 

experiments performed. However, further investigation is required to investigate 

the effect of surfactant concentration, surfactant structure, temperature, solvent, 

rock type, fluid composition, connate water saturation, brine salinity and 

treatment procedure.  

The study investigated the effect of connate water saturation on treatment 

at lower temperature (145oF) and showed positive results. Nevertheless, the 

results with initial water saturation should be looked at with some uncertainty. 

The experiments (Exp. 3 and Exp. 4) were performed at lower temperature and 

tap water was used to establish initial water saturation. In these experiments initial 

permeability and relative permeability was not measured. The relative 

permeability values were assumed to be similar to the values in experiment 2 as 

the cores were from the same section of the block. In light of the above details, it 

is concluded that effect of initial water saturation on chemical treatment cannot be 

reliably inferred from these experiments.  Additional core flood experiments with 

both pure water and brine in the cores are needed to determine their effect on the 

treatment..  

9.3 FUTURE RESEARCH 

Optimizing chemical treatment needs to be pursued by changing the 

treatment flow rate to very low flow rates to give large residence times in the 

core. Different solvents such as isopropanol and supercritical CO2 for delivering 
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the surfactant could be evaluated. The process of treatment will also be 

investigated, one direction in this is to inject in pulse, short batches of treatment 

solution followed by gas injection. Shut-in time after the treatment is another 

parameter that should be studied. There may be more effective ways of delivering 

the chemicals such alternating slugs of gas and treatment solution.   

The current study has put forward basic structure requirements and 

reaction chemistry for sandstone formations. Chemistry for limestone formations 

will be different and require more research. Other chemicals such as 

polysiloxanes with fluorochemicals might be worth investigating based upon 

results reported in the literature (Sawada et al., 1992). Polysiloxanes have an 

improved oil-resistant nature. The high oil repellency has been attributed to their 

low fluorine content. Fluorinated polysiloxanes are a new class of water and oil 

repellent with long fluorinated alkyl side chains to the polysiloxane backbone. 

Future research should focus on developing more repellency and durability. 

Predicting performance of chemical treatment is very significant. In this 

study the prediction was investigated using pretreatment rock fluid data and post 

treatment rock fluid data. Incorporating the reaction mechanism and chemistry 

involved in the simulation will provide more accurate and realistic results. The 

future research should focus on modeling the reaction chemistry. Further, effect 

of heterogeneity and non-Darcy effects should be studied to address high flow 

rate wells. 
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Table 9.1 Summary of chemical treatments. 

Exp. 
No 

Rock  
BS (Berea 
Sandstone) 
TCL(Texas 

Cream Limestone) 

Temp. 
(oF) 

Chemical krg/kro krg 
(before) 

Improvement 
Factor 

1 BS 145  FS10 1.292 0.014 1.08 

2 BS 145  FS10 1.292 0.011 2.55 

3 BS 145  FC4430 1.292 0.011 2.73 

4 BS 145  FC4432 1.292 0.011 3.82 

5 BS 145  FS10 1.292 0.014 2.00 

6 BS 145  Fluorosyl 1.292 plugging xxx 

7 TCL 145  FS10 1.292 0.134 1.07 

8 BS 145  FS10 1.292 0.074 1.08 

11 BS 145  FC4432 1.292 0.160 3.39 

12 BS 145  FC4430 1.292 0.036 2.86 

12 BS 145  FC4430 1.292 0.040 3.05 

13 BS 145  FS10 1.292 0.065 1.62 

13 BS 145  FS10 1.292 0.067 1.21 

13 BS 145  FS10 1.292 0.072 0.99 

13 BS 145  FS10 1.292 0.066 1.33 

14 BS 250  FC4430 0.887 0.080 3.08 

14 BS 250  FC4430 0.887 0.097 1.92 

14 BS 250  FC4430 0.887 0.114 1.57 
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15 BS 250  FS10 0.887 0.062 1.16 

16 BS 250  FC4430 0.887 0.079 1.00 

16 BS 250  FC4430 0.887 0.064 1.08 

17 BS 250  FC4430 0.887 0.067 2.70 

17 BS 250  FC4430 0.887 0.079 1.61 

18 BS 250  FC4432 0.887 0.064 1.23 

18 BS 250  FC4432 0.887 0.064 1.13 

19 BS 250  FC4430 0.887 0.127 2.07 

20 BS 250  FSO 0.887 0.053 1.61 

21 BS 250  FC4432 0.887 0.055 1.02 

22 TCL 250  FC4430 0.887 0.224 0.97 

22 TCL 250  FC4430 0.887 0.198 1.03 

23 BS 250  FC4430 0.887 0.074 1.46 

24 BS 250  FC4430 0.887 0.062 2.04 

28 Britannia 275  FC4430 3.381 0.071 1.41 

28 Britannia 275  FC4430 8.240 0.206 1.36 

29 Britannia 275  FC4430 3.524 0.148 1.74 

29 Britannia 275  FC4430 3.524 0.153 1.71 

29 Britannia 275  FC4430 3.524 0.162 1.73 

30 Britannia 275  FC4430 2.410 0.096 0.66 

30 Britannia 275  FC4430 2.410 0.112 0.79 
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30 Britannia 275  FC4430 2.410 0.098 1.04 

31 Britannia 275  FC4430 2.410 0.199 2.08 

32 Sanha 260  FC4430 1.145 0.080 2.53 

32 Sanha 260  FC4430 1.145 0.104 1.48 
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Appendix A  

This appendix starts with a detailed example on calculations required for 

the gas mixture preparation.  Then, the derivations of two-phase flow equations 

are discussed.  

A.1 GAS MIXTURE PREPARATION 

This section demonstrates a numerical example on gas mixture 

preparation.  Suppose we need to prepare a gas mixture consisting of the 

following components:   

 C1 = 83.0 mole%  

 n-C4 = 4.0 mole% 

 n-C7 = 7.2 mole% 

 n-C10 = 4.0 mole% 

 n-C12 = 1.8 mole%  

which on weight basis converts to  

           C1 = 42.1 weight %  

 n-C4 = 7.4 weight %  

 n-C7 = 22.8 weight %  

 n-C10 = 18.0 weight %  

 n-C12 = 9.7 weight %  

The mixture is prepared on weight basis, which is different from Al-Anazi 

(2003) method that was based on volumetric basis. Total weight of mixture was 

selected based on total accumulator volume and it was make sure that when 
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temperature is increased from room temperature to experimental temperature, the 

pressure should not exceed the working pressure of the accumulator. For 250oF 

mixture weight selected was 350 gm for 1500 mL accumulator. The weight may 

vary a little depending upon the size of the piston being used, as it will lower the 

available volume in the accumulator. The accumulator is cleaned and O-rings are 

lubricated with silicone grease. After assembling it by putting the end caps, 

vacuum is pulled on the accumulator for one hour. All the components used are 

99.999% pure and are classified as research grade purity. 

The liquid components of the mixture at room temperature are n-Heptane, 

n-Decane and n-Dodecane. Based on 350 gm of mixture, the quantities of 79.9 gm 

of n-C7, 63.0 gm of n-C10 and 34.0 gm of n-C12 are mixed in a beaker and 

transferred into a burette. The liquid mixture from burette is transferred to 

accumulator through tubing. As soon as the interface between liquid and air in 

tubing reaches the inlet of the accumulator, the valve on the accumulator should 

be closed so to prevent air from going inside the accumulator. The accumulator is 

then put over an accurate (up to 0.1 gm) weighing scale.  147.4 gm of C1 and 25.7 

gm of n-C4 is pumped into the accumulator using a booster pump. First, n-butane 

is pumped and as soon as the scale reaches the required amount the valve is 

closed and then methane is pumped in similar way. When these components are 

mixed together in this accumulator, the final pressure of the gas mixture is 2850 

psig at room temperature and reaches 4000 psig at 250oF. 
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A.2 FLOW RATES EQUATIONS 

In coreflood experiments, two-phase flow was established by dropping the 

flowing pressure below the dewpoint while the upstream pressure was kept above 

the dewpoint pressure.  This procedure allows dynamic condensate accumulation 

through the core.  Therefore, it mimics formation of condensate bank in the near 

wellbore region in retrograde reservoirs.  To achieve that the upstream 

backpressure regulator pressure was kept above the dew point pressure and the 

pressure of the downstream backpressure regulator was kept below the dew point 

pressure.  The injection pump rate is not the rate that is flowing through the core 

due to the difference in the flashing pressure before and after the upstream 

backpressure regulator.  In order to calculate the exact flow rates of both gas and 

condensate phases through the core, a mass balance needs to be performed across 

the upstream backpressure regulator.   

 

Figure A.1 shows a schematic diagram of the upstream backpressure 

regulator during two-phase flow using a flashing method.  A mass balance across 

the upstream backpressure regulator can be represented as follows: 

 
 oogg  q q q ρ+ρ=ρ  (A.1) 

 

where 

q = total flow rate of gas mixture above dew point pressure 

qg = flow rate of gas-phase below dew point pressure 
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qo = flow rate of oil-phase below dew point pressure 

ρ = molar density of gas mixture above dew point pressure 

ρg = molar density of gas-phase below dew point pressure 

ρo = molar density of oil-phase below dew point pressure 

 

The molar densities of both gas and oil phases were obtained using a flash 

calculation for the gas mixture at experimental condition.  Since 
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multiplying Equation (A.3) by fo and taking qo as a common factor in the right-

hand side results in  

 
 ) f   f( q qf ooggoo ρ+ρ=ρ  (A.4) 

 

solving Equation (A.4) for qo gives the flow rate of oil phase: 
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doing the same procedure and solving for qg drives the following equation for 

gas-phase flow rate: 
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A.3 UT TRAPPING MODEL 

A generalization of capillary and bond number called the trapping number 

for phase l displaced by phase l' is defined as (Jin, 1995; Pope et al., 2000): 

'
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where Slr is the residual saturation of the phase l and Sl is residual 

saturation of phase l. The superscripts low and high refer to low and high trapping 

numbers. The value of high
lrS  is typically zero. The trapping parameters Tl and τl 

are obtained by fitting the residual saturation data for phase l. τl is typically 1.0 

but can be used as a second tuning parameter. This correlation can be applied to 

all three residual phases i.e. water, condensate and gas. Endpoint relative 

permeability is related to trapping by 
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where Sl'r is the residual saturation of the conjugate phases. For the 

conjugate phases for gas in case of gas-condensate reservoirs is total liquid phase 

(sum of water and condensate phases).  

The relative permeability for each phase is calculated as a function of 

saturation by and trapping number as follows: 
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where rlk is the relative permeability and o
rlk  is the endpoint relative 

permeability for a given trapping number and saturation. lS  is the normalized 

saturation and np is the number of phases.  

In this study, trapping number is equivalent to the capillary number as 

gravity effects are negligible and have been neglected.  
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A.4 PVT SOFTWARE 

PVTSim, a PVT software package provided by Calsep Inc., was used for 

the phase behavior modeling. The original and the modified forms of the equation 

of state models by Peng-Robinson and Soave-Redlich-Kwong have been 

incorporated into the software package. The software can handle both polar and 

non-polar molecules as it provides an option for the type of mixing rule to be 

used. An important feature of the software is that it can perform three-phase flash 

and calculate three-phase pressure-temperature phase diagrams. The algorithm for 

calculating two- and three-phase boundaries for the pressure-temperature phase 

diagrams was given by Lindeloff and Michelson (2002).  

The software provides an option for simulating various PVT operations, 

calculation of minimum miscibility pressure for gas injection, simulation of 

hydrates and asphaltenes. PVTSim also provides an option for regressing the 

equation of state parameters to match the experimentally measured constant 

composition expansion (CCE), constant volume depletion (CVD) and other PVT 

experimental data.  
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A.5 EQUATION OF STATE 

Peng-Robinson EOS, a cubic EOS developed by Peng and Robinson in 

1976, has been shown to accurately model hydrocarbons and is the most widely 

used EOS in compositional reservoir simulators.  

The PREOS is expressed as  
RT a(T)P

V b V(V b) b(V b)
= −

− + + −
 A.7 

where  
( )ca(T) a T= α  A.8 

22
c

c a
R Ta
Pc

= Ω  A.9 

20.5

c

T(T) 1 m 1
T

⎡ ⎤⎛ ⎞⎛ ⎞α = + −⎢ ⎥⎜ ⎟⎜ ⎟⎜ ⎟⎝ ⎠⎢ ⎥⎝ ⎠⎣ ⎦
 A.10 

 c
b

c

RTb
P

= Ω  A.11 

and  
a

b

0.45724
0.07780

Ω =
Ω =

 

 
A.12 

The parameter m for PREOS is found from 
2m 0.37464 1.54226 0.269922= + ω− ω  A.13 

The Peng-Robinson EOS was modified in 1978 and is known as PR78 

EOS. For PR78 equation m is found from the same correlation (Eq 3.9.) if 

ω<=0.49. Otherwise the below correlation is used 
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2m 0.379642 (1.48503 0.164423 0.01666 )= + ω − ω+ ω  A.14 

With Peneloux volume correction the PR78 equation of state becomes 

( )( ) ( )( )
RT a(T)P

V b V c V 2c b b c V b
= −

− + + + + + −
 A.15 

where c is known as Peneloux volume correction and is defined as the 

difference between the Peneloux molar volume and the molar volume calculated 

without Peneloux volume correction. The parameter c is expressed as the sum of a 

temperature independent volume correction (c') and a temperature dependent 

volume correction (c") in PVTSim software: 

( )c c ' c" T 288.15= + −  A.16 

where T is the temperature in K.  

The temperature independent volume correction for PR78 is calculated 

from 

( )c
RA

c

RTc ' 0.50033 0.25969 Z
P

= −  

 
A.17 

where ZRA is the Racket compressibility factor and is calculated as 

RAZ 0.29056 0.08775= − ω  A.18 

The PR78 EOS with temperature dependent Peneloux volume correction 

will be referred as PR78 Peneloux (T) EOS in the further sections.  

The most common mixing rules used for non-polar mixtures are the 

classical van der Waals mixing rules. The mixing rules are based on one binary 

interaction parameter per pair. The parameters a, b and c for the mixture are 

calculated as 
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where zi and zj are mole fractions, i and j component indices, and  

 

( )ij i j ija a a 1 k= −  A.20 

where kij is the binary interaction parameter between component i and j. 

Mixtures with one or more polar components exhibit a great degree of 

non-ideal behavior. Therefore, EOS models with mixing rules that are capable of 

describing a greater degree of non-ideality than is possible with van der Waals 

classical mixing rules are required. The most common approach to model such 

mixtures has been by developing better mixing rules by combining an EOS with 

activity coefficient models. Huron and Vidal (1979) have developed such a model 

that incorporates activity coefficient model in a cubic equation of state. They 

defined the parameter 'a' of mixing rules in such a manner that conventional 

mixing rule can be recovered for the hydrocarbon-hydrocarbon interactions. The 

Huron and Vidal a-parameter mixing rule takes the form: 
EN

i
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where λ for PREOS is given by  
1 2 1ln

2 2 2 1
⎛ ⎞+
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 A.22 
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EG∞  is the Gibbs energy at infinite pressure and is found using a modified 

NRTL mixing rule 

( )

( )
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aij is a non-randomness parameter to account for the local composition 

effects as local mole fraction may differ from overall mole fraction. The 

parameter ijτ  accounts for the interaction between molecules via the following 

expression 
ji ii

ij
g g

RT
−

τ =  A.24 

where gji is an energy parameter characteristic of the j-i interaction. In 

PVTSim the g parameters are temperature dependent and given by the expression 

(Pederson et al., 2001) 

( ) ( )ji ii ji ii ji iig g g g ' T g g "− = − + −  A.25 

where (gji-gii)' and (gji-gii)" are temperature independent parameters.  

Huron-Vidal mixing rule can be reduced to the classical mixing rule when 

the parameters α and g are selected as follows 
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A.26 

 

This allows for the model to be applied for mixtures of hydrocarbons and polar 

compounds alike, allowing for a proper description of the behavior of polar 
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compounds while maintaining the classical model for the hydrocarbon. The PR78 

EOS with temperature dependent Peneloux volume correction and Huron-Vidal 

mixing rule will be referred as PR78 Peneloux (T)-HV EOS in further sections. 
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Appendix B: Gas Condensate Coreflood Experiments 

This appendix summarizes all the coreflood experiments performed to 

study the effect of capillary number, PVT properties and chemical treatment in 

Texas Cream limestone, Berea sandstone and reservoir cores. Section B.1 

describes the standard procedure of the coreflood in detail. Section B.2 

summarizes the results for each coreflood experiments performed in the form of 

tables and figures.  

B.1.1 Objective 

The main objectives of the coreflood experiments were to investigate the 

effect of capillary number, PVT properties, treatment of methanol and chemical 

treatment on the relative permeability of gas and condensate.  The experiments 

were performed on Berea sandstone (high permeability cores), Texas Cream 

limestone (low permeability cores) and reservoir sandstone cores with and 

without initial water saturation at different temperatures of 145oF, 200oF, 250oF 

and 275oF with different fluid compositions. Table B.1.1 gives the fluid 

composition of different synthetic fluids used to perform coreflood experiments.  

B.1.2 Core Preparation 

A cylindrical core with a diameter of 1 inch and a length of 8 inches was 

cut from outcrop blocks for Berea sandstone and Texas Cream limestone. 

Reservoir cores were supplied in the form of cylindrical cores of 1 inch in 

diameter with variable length ranging from 1.5 inches to 4.8 inches. The outcrop 

cores were dried in an oven at 100°C for 24 hrs and its weight was measured. The 
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reservoir cores were first cleaned with methanol and then dried at 100oC for 24 

hrs. The core was then wrapped in an aluminum foil and a heat-shrink Teflon 

tubing was applied over it. The heat shrink tubing was 1.1 inch in diameter which 

is shrinkable to 0.9 inch at 110oC. The wrapped core was placed in a Phoenix 

core-holder of either a Hassler type core-holder or floating piston core holder 

from Phoenix Instruments. Both core-holders can accommodate a core of 

maximum length of 8 inches. If the core is smaller then 8 inches then aluminum 

plugs were used to achieve 8 inches of length. The plugs and the core were 

wrapped in aluminum foil together and heat shrink tubing was applied. It should 

be noted that axial pressure was applied at the ends while applying heat shrink so 

that there is no void space between the core and the plug/plugs. 

   Core was then placed in the core-holder, axial pressure was applied by 

tightening the end-piece screw of the core-holder in Hassler type whereas in 

floating piston type core-holder there is no such requirement as confining or 

overburden pressure provides the axial pressure, hence confining and axial 

pressure are same. The core-holder was then placed inside the HTHP (high 

temperature high pressure) Blue M oven and an overburden pressure of 2000 psig 

was applied using a hand-pump. The confining fluid was pump oil. The pressure 

was kept at 2000 psig because raising the temperature will cause pressure 

increase. Hence, the desired confining pressure was allowed to reach by raising 

the temperature. A release valve was set for the confining pressure to prevent 

exceeding of pressure limit.  
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The core was drilled at room temperature through core-holder pressure 

ports at a distance of 2 inch, 4 inch, 6 inch from one end to measure sectional 

pressure drops with a 1/32 inch drill bit. Nitrogen was flowed through the core to 

make sure that the taps are fine and there is no plugging. The core is vacuumed 

after nitrogen flow. Finally, the HTHP oven is allowed to reach the experimental 

temperature.  

There are four sections pressure drop measured. All sections are 2” in 

length. Section-I is from inlet of the core to the top pressure tap, Section-II is 

from top pressure tap to middle pressure tap, Section-III is from middle pressure 

tap to bottom pressure tap and Section IV is from bottom pressure tap to outlet of 

the core. In some experiments where there are only two sections listed then those 

sections are 4” in length. Section-I is from inlet of the core to the middle pressure 

tap and Section-II is from middle pressure tap to outlet of the core. 

B.1.3 Initial Core Permeability Measurements 

The initial core permeability was measured using methane gas.  Methane 

was flowed through the core at the different flow rates.  The measured 

permeability was at 100% methane gas saturation. The experimental conditions 

during methane flood are shown for each experiment in a table in respective 

sections.  

  

B.1.4 Synthetic Gas Mixtures 

Table B.1.2 lists the composition of different fluids used to perform 

experiments at different temperatures. The fluid mixture was prepared in an 
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accumulator on weight basis (see Appendix A.3). The accumulator was placed 

inside HPHT oven at experimental conditions for minimum of 8 hours to reach 

single phase.  

 

B.1.5 Condensate Accumulation (Two-Phase) 

Dynamic condensate accumulation was performed using flash method. 

Before the start of this stage, the inlet and outlet valves of the core were closed.  

Pressure of the downstream backpressure regulator was decreased to below dew 

point pressure psig, while the pressure in the upstream backpressure regulator was 

kept above dew point pressure.  Flow was started while the core holder bypass 

valve was open until the pressure in the lines stabilized.  Then, the bypass valve 

was closed and coreholder inlet and outlet valves were open simultaneously. This 

process allowed the condensate to accumulate dynamically in the core as the 

single phase mixture flash at the inlet of the core.  The experiment was stopped 

when steady-state pressure drop was reached across the core.  Gas and oil relative 

permeabilities during two-phase flow were calculated using Darcy’s law.   

Experiments 26 and 27 were performed using co-injection method. In this 

method equilibrium gas and equilibrium liquid were injected together to simulate 

condensate banking at different flow rate ratio of gas and liquid to investigate the 

effect of krg/kro ratio on gas and condensate relative permeabilities. High krg/kro 

ratio is difficult to achieve in flashing method as it requires very large number of 

pore volumes to achieve steady-state for a lean fluid. 
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B.1.6 Methanol Treatment 

Pure methanol was injected through the core at an injection rate of 32 

cc/hr and 1,200 psig and 145oF for experiments number from 1-7.  The volume of 

methanol injected was 20 PV. The methanol injection was only performed for low 

temperature experiments of 145oF.  

 

B.1.7 Two-Phase Flow after Methanol Treatment 

 Dynamic condensate accumulation step was again performed. The gas 

mixture was again flashed through the core to accumulate condensate after 

methanol treatment.     

 

B.1.8 The Methanol+Surfactant Treatment 

The core was treated with the methanol+surfactant solution at different 

flow rate for different experiments. The volume of the solution injected was 

between 20-40 PV. Different compositions were used for different experiments. 

The premix treatment solution was prepared on weight basis. The 

surfactant was added to the methanol and mixed. Addition of water(tap) was 

followed after mixing.  

 

B.1.9 Two-Phase Flow after the Methanol+Surfactant Treatment 

 The dynamic condensate accumulation step was again conducted. The gas 

mixture was flashed through the core to accumulate condensate after the 

surfactant treatment.   
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B.1.10 Surfactant Retention 

Core was dried by flooding nitrogen and then it was vacuumed before 

taking it out from the core holder. The weight of the core was measured at this 

stage. The difference in initial and final weight gave the mass of surfactant 

adsorbed.  
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Table B.1.1 Fluid composition of different synthetic gas condensate mixtures 

Component Mole % Component Mole %
Methane 78.5 Methane 80 
n-Butane 15 n-Butane 10 
n-Heptane 5 n-Heptane 6 

Fluid I at 
145oF 

n-Decane 1.5 

Fluid II at 
200oF 

n-Decane 4 
Component Mole % Component Mole %

Methane 83 Methane 83 
n-Butane 4 n-Butane 4 
n-Heptane 7.2 n-Decane 7.2 
n-Decane 4 n-Octadecane 4 

Fluid III at 
250oF 

n-Dodecane 1.8 

Fluid Brit-I 
at 275oF 

  
Component Mole % Component Mole %

Methane 93.00 Methane 92 
n-Butane 4.00 n-Heptane 3.5 
n-Decane 2.00 n-Decane 2.5 

Fluid Brit-II 
at 275oF 

n-Pentadecane 1.00 

Fluid 
Sanha-I at 

260oF 

n-Pentadecane 2.0 
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B.2.1 Experiment – 01 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Berea sandstone at no initial water saturation. Standard coreflood procedure 

as described in Appendix B.1 was followed. The core properties and 

experimental conditions are summarized in Table B.2.1.1. Table B.2.1.2 

summarize the methane flood results to measure initial permeability of the core. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.1.3. Figure B.2.1.1 

shows the methane flood pressure drop across the core.  

Figures B.2.1.2 and B.2.1.3 show the initial condensate flood pressure 

drop across the core and sections respectively at 85 cc/hr. Table B.2.1.4 

summarize the initial condensate flood. The gas and condensate relative 

permeability measured were 0.018 and 0.014 respectively. The condensate build 

up starts after injecting around 45 pore volumes. This may due to a small leak in 

the setup or the overall pressure drop transducer was not able to capture the small 

pressure drop. The section pressure drop transducer was able to capture the initial 

build up. It is not clear why the pressure increase was not observed in overall 

pressure drop profile during the initial period. 

Figure 2.1.4 shows methanol injection pressure drop across the core at a 

flow rate of 32 cc/hr.  20 pore volumes of methanol were injected. Table B.2.1.5 

summarizes the methanol injection and the dynamic condensate accumulation 

after methanol treatment. The section pressure drops are different. One possible 

explanation is that the sections may be of different length. This may happen while 
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placing the core in the core-holder. Figure B.2.1.5 shows the pressure drop during 

condensate accumulation across the core and in sections after methanol treatment.  

Figure B.2.1.6 shows the pressure drop during FS10 chemical treatment. 

Table B.2.1.6 summarizes the FS10 and condensate accumulation after FS10 

chemical treatment results. Figure B.2.1.7 shows pressure drop across core during 

dynamic condensate accumulation. The section pressure drops were not recorded 

due to pressure taps plugging. Figure B.2.1.8 shows pressure drop during 

equilibrium gas flood. The end point gas relative permeability was 0.56. The final 

permeability after treatment was not measured in this experiment. The surfactant 

retention was measured by gravimetric method. The core was vacuumed and then 

dried in the oven for approximately 2 hours and later weighed. The difference in 

the weight of the core before and after the experiment gave the surfactant retained 

in the core. The surfactant retention number in this experiment was 15.8 mg/g. 
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Table B.2.1.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 
LSection-I, (inch) 4.0 
LSection-II, (inch) 4.0 

Table B.2.1.2 Initial methane flood at 3,000 psig and 145oF. 

qcore, (cc/hr) ΔP,  (psi) kg, (md) 
228.0 0.36 181.641 
456.0 0.73 180.751 
264.0 0.40 189.266 
138.0 0.22 184.864 
198.0 0.26 222.751 

Permeability, kg (md) 180.398 
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Table B.2.1.3 Synthetic gas mixture properties. 

 

Table B.2.1.4 Dynamic condensate accumulation at 1,200 psig and 145oF at Swi=0 

 Total Section-I Section-II 
q_pump, (cc/hr) 32.0 32.0 32.0 

qtotal_core, (cc/hr) 85.458 85.458 85.458 
qg_core, (cc/hr) 78.792 78.792 78.792 
qo_core, (cc/hr) 6.666 6.666 6.666 

ΔP,  (psi) 5.750 3.730 3.730 
krg 0.018 0.014 0.014 
kro 0.014 0.011 0.011 
Nc 8.27×10-6 1.07×10-5 1.07×10-5 

Flowing Gas  Fluid - I  

krg/kro 1.292  

ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

 Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 



297 

Table B.2.1.5 Dynamic condensate accumulation at 1,200 psig and 145oF after 
methanol treatment at Swi=0 

Table B.2.1.6 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment at Swi=0 

FS10 Chemical Treatment Condensate 
Flood Total Section-I Section-II

Composition 2% FS10, 98% 
Methanol q_pump, (cc/hr) 32.0 32.0 32.0 

Pore Volumes 
Injected 20 qtotal_core, 

(cc/hr) 85.458 85.458 85.458 

ΔPTotal, (psi) 2.09 qg_core, (cc/hr) 78.792 78.792 78.792 
ΔPSection I, (psi) 1.6 qo_core, (cc/hr) 6.666 6.666 6.666 
ΔPSection II, (psi) 0.1 ΔP,  (psi) 5.240 3.510 1.760 

  krg 0.020 0.015 0.030 
  kro 0.016 0.012 0.023 
  Nc 7.54×10-6 1.01×10-5 5.06×10-6

  Improvement 
Factor 1.097 1.063 2.119 

 

Methanol Treatment Condensate 
Flood Total Section-I Section-II

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 32.0 32.0 
Pore Volumes 

Injected 20 qtotal_core, (cc/hr) 85.458 85.458 85.458 

ΔPTotal, (psi) 2.1 qg_core, (cc/hr) 78.792 78.792 78.792 

ΔPSection I, (psi) 1.6 qo_core, (cc/hr) 6.666 6.666 6.666 

ΔPSection II, (psi) 0.1 ΔP,  (psi) 4.020 3.730 1.560 
  krg 0.026 0.014 0.034 
  kro 0.020 0.011 0.026 
  Nc 5.78×10-6 1.07×10-5 4.49×10-6



298 

0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1

0 2 4 6 8 10

Pore Volumes Injected

Pr
es

su
re

 D
op

, p
si

q=228 cc/hr

q=456 cc/hr

q=264 cc/hr

q=138 cc/hr

q=198 cc/hr

 

Figure B.2.1.1 Pressure drop across the core during methane flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0  
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Figure B.2.1.2 Pressure drop across the core during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0 



299 

0.0

0.5

1.0

1.5

2.0

2.5

3.0

3.5

4.0

4.5

0 15 30 45 60 75 90 105 120 135
Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

Middle_Outlet
Inlet_Middle

 

Figure B.2.1.3 Pressure drop across sections during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0 
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Figure B.2.1.4 Pressure drop across the core during methanol flood at 32 cc/hr in 
Berea sandstone at 145oF and 1,200 psig with Swi=0 
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Figure B.2.1.5 Pressure drop across sections and core during dynamic condensate 
accumulation after methanol treatment at 145oF and 1,200 psig in 
Berea sandstone with Swi=0 
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Figure B.2.1.6 Pressure drop across the core during FS10 chemical flood at 32 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0. 



301 

 

0.0

0.8

1.5

2.3

3.0

3.8

4.5

5.3

6.0

6.8

7.5

8.3

0 20 40 60 80 100 120 140

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

 

Figure B.2.1.7 Pressure drop across core during dynamic condensate 
accumulation after treatment at 85 cc/hr in Berea sandstone at 145oF 
and 1,200 psig with Swi=0. 
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Figure B.2.1.8 Pressure drop across the core during equilibrium gas flood at 85 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0 
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B.2.2 Experiment – 2 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Berea sandstone at 40% initial water saturation. Standard coreflood 

procedure as described in Appendix B.1 was followed. Three cores were taken 

from the same block and further the cores were drilled from the same area of the 

block. The initial permeability, initial condensate flood, methanol treatment and 

post methanol condensate flood were not performed on all the three cores. The 

procedure was performed only on one core and values were assumed to be same 

for other cores. In the other two cores, initial water saturation was established and 

treatment was performed. The post treatment condensate accumulation was 

compared to initial condensate accumulation from the first core.  

The core properties and experimental conditions are summarized in Table 

B.2.2.1. Table B.2.2.2 summarizes the methane flood results to measure initial 

permeability of the core at Swi=0.40. The synthetic gas mixture (see Appendix 

A.3 for mixture preparation) properties at experimental conditions are 

summarized in Table B.2.2.3. Figure B.2.2.1 shows the methane flood pressure 

drop across the core.  

Figures B.2.2.2 and B.2.2.3 show the initial condensate flood pressure 

drop across the core and sections respectively at 85 cc/hr. Table B.2.2.4 

summarize the initial condensate flood results. The condensate build up starts 

after injecting around 20 pore volumes. The section pressure drops recorded are 

different and this is due to different lengths in each section while placing the core 

in the core-holder. 
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Figure 2.2.4 shows methanol injection pressure drop across the core at a 

flow rate of 32 cc/hr.  18 pore volumes of methanol were injected. Table B.2.2.5 

summarizes the methanol injection and the dynamic condensate accumulation 

after methanol treatment. The section pressure drops were not measured due to 

pressure taps plugging. Figure B.2.2.5 shows the pressure drop during condensate 

accumulation across the core after methanol treatment. The methanol treatment 

delayed the condensate banking as 80 pore volumes were required before 

condensate accumulation started.  

Figure B.2.2.6 shows the pressure drop during FS10 chemical treatment. 

Table B.2.2.6 summarizes the FS10 treatment and condensate accumulation after 

FS10 chemical treatment results. Figure B.2.2.7 shows pressure drop across core 

during dynamic condensate accumulation. The treatment improved the gas and 

condensate relative permeability. The improvement is due to coupled effect of 

removal of water and chemical treatment. Comparing post methanol gas and 

condensate relative permeability with post treatment gas and condensate relative 

permeability gives improvement due to chemical treatment. The overall 

improvement was 2.3 in which chemical treatment contribution was 54%. The 

final permeability after treatment was not measured in this experiment. The 

surfactant retention of FS10 was 9.5 mg/g. 
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Table B.2.2.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.40 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 
LSection-I, (inch) 4.0 
LSection-II, (inch) 4.0 

Table B.2.2.2 Initial methane flood at 3,000 psig and 145oF at Swi=0.40. 

qcore, (cc/hr) ΔP,  (psi) kg, (md) 
228.0 0.24 275 
456.0 0.61 216 

Permeability kg, (md) 230 

Table B.2.2.3 Synthetic gas mixture properties. 

 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.2.4 Initial dynamic condensate accumulation at 1,200 psig and 145oF at 
Swi=0.40 

  Total Section-I Section-II 
q_pump, (cc/hr) 32.0 32.0 32.0 
qtotal_core, (cc/hr) 85.458 85.458 85.458 
qg_core, (cc/hr) 78.792 78.792 78.792 
qo_core, (cc/hr) 6.666 6.666 6.666 
ΔP,  (psi) 7.500 6.450 2.530 
krg 0.012 0.007 0.017 
kro 0.009 0.011 0.027 
Nc 1.29E-05 2.23E-05 8.74E-06 

 

Table B.2.2.5 Post methanol dynamic condensate accumulation at 1,200 psig and 
145oF after methanol treatment at Swi=0.40 

Methanol Treatment   Post methanol condensate flood Total 
qcore, (cc/hr) 32.0q_pump, (cc/hr) 32.0 

Pore Volumes Injected 20.0qtotal_core, (cc/hr) 85.458 
ΔPTotal, (psi) 0.4 qg_core, (cc/hr) 78.792 

 qo_core, (cc/hr) 6.666 
 ΔP,  (psi) 4.020 

 Gas relative permeability, krg 0.022 
 Oil relative permeability, kro 0.017 

 

 Capillary number, Nc 6.94E-06
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Table B.2.2.6 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment at Swi=0.40 

 

FS10 chemical treatment 
(2% FS10, 98% 

methanol) 
 Post methanol condensate flood Total 

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 
Pore Volumes Injected 20.0 qtotal_core, (cc/hr) 85.458 

ΔPTotal, (psi) 0.92 qg_core, (cc/hr) 78.792 
qo_core, (cc/hr) 6.666 

ΔP,  (psi) 3.2 
Gas relative permeability, krg 0.027 
Oil relative permeability, kro 0.021 

  

Capillary number, Nc 5.53E-06
  Improvement 2.55 
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Figure B.2.2.1 Pressure drop across the core during methane flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0.40 
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Figure B.2.2.2 Pressure drop across the core during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0.40 



309 

0.0

1.0

2.0

3.0

4.0

5.0

6.0

7.0

8.0

9.0

10.0

0 20 40 60 80 100 120 140
Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si
Inlet-Middle
Middle-Outlet

 

Figure B.2.2.3 Pressure drop across sections during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0.40 
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Figure B.2.2.4 Pressure drop across the core during methanol flood at 32 cc/hr in 
Berea sandstone at 145oF and 1,200 psig with Swi=0.40 
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Figure B.2.2.5 Pressure drop across core during dynamic condensate 
accumulation at 85 cc/hr after methanol treatment at 145oF and 
1,200 psig in Berea sandstone with Swi=0.40 
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Figure B.2.2.6 Pressure drop across the core during FS10 chemical flood at 32 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0.40 
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Figure B.2.2.7 Pressure drop across core during dynamic condensate 
accumulation after treatment at 85 cc/hr in Berea sandstone at 145oF 
and 1,200 psig with Swi=0.40. 
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B.2.3 Experiments – 3 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Berea sandstone at 40% initial water saturation. Standard coreflood 

procedure as described in Appendix B.1 was followed except that initial steps 

like initial permeability, initial condensate flood were not performed. The core for 

this experiment was from the same block as the core in experiment 2. Hence, it 

was assumed that the initial permeability and relative permeability during initial 

condensate injection would be similar at same temperature and pressure 

conditions. In this experiment initial water saturation was established using tap 

water and then treatment solution was injected. The post treatment condensate 

accumulation relative permeabilities were measured and later compared to initial 

condensate accumulation relative permeabilities values from experiment 2.  

The core properties and experimental conditions are summarized in Table 

B.2.3.1. The synthetic gas mixture (see Appendix A.3 for mixture preparation) 

properties at experimental conditions are summarized in Table B.2.3.2.  

Figure B.2.3.1 shows the pressure drop during FC4430 chemical 

treatment. Table B.2.3.3 summarizes the FC4430 treatment and condensate 

accumulation after FC4430 chemical treatment results. Figure B.2.3.2 shows 

pressure drop across core during dynamic condensate accumulation after the 

chemical treatment.  

 The post-treatment relative permeabilities in this experiment when 

compared to the initial relative permeabilities of experiment 2 showed an 

improvement. However, this result should be seen with some speculation as the 
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compared values are not from the same core. The improvement factor based on 

relative permeability of gas was 2.3 i.e. post-treatment gas relative permeability 

was 2.3 times initial value. The final permeability after treatment was not 

measured in this experiment. The surfactant retention of FC4430 was 11.6 mg/g. 
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Table B.2.3.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.40 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 
LSection-I, (inch) 4.0 
LSection-II, (inch) 4.0 

Table B.2.3.2 Synthetic gas mixture properties. 

 

 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.3.3 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FC4430 chemical treatment at Swi=0.40 

 

FC4430 chemical 
treatment (2% FC4430, 

98%methanol) 
 Post methanol condensate flood Total 

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 
Pore Volumes Injected 20.0 qtotal_core, (cc/hr) 85.458

ΔPTotal, (psi) 0.6 qg_core, (cc/hr) 78.792
qo_core, (cc/hr) 6.666 

ΔP,  (psi) 2.7 
Gas relative permeability, krg 0.032 
Oil relative permeability, kro 0.025 

  

Capillary number, Nc 4.6E-06
  Improvement 2.73 
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Figure B.2.3.1 Pressure drop across the core during FC4430 chemical flood at 32 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0.40 
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Figure B.2.3.2 Pressure drop across core during dynamic condensate 
accumulation after FC4430 treatment at 85 cc/hr in Berea sandstone 
at 145oF and 1,200 psig with Swi=0.40 
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B.2.4 Experiments – 4 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Berea sandstone at 40% initial water saturation. Standard coreflood 

procedure as described in Appendix B.1 was followed except that initial steps 

like initial permeability, initial condensate flood were not performed. The core for 

this experiment was from the same block as the core in experiment 2. Hence, it 

was assumed that the initial permeability and relative permeability during initial 

condensate injection would be similar at same temperature and pressure 

conditions. In this experiment initial water saturation was established using tap 

water and treatment solution was injected. The post treatment condensate 

accumulation relative permeabilities were measured and later compared to initial 

condensate accumulation relative permeabilities from experiment 2.  

The core properties and experimental conditions are summarized in Table 

B.2.4.1. The synthetic gas mixture (see Appendix A.3 for mixture preparation) 

properties at experimental conditions are summarized in Table B.2.4.2.  

Figure B.2.4.1 shows the pressure drop during FC4432 chemical 

treatment. Table B.2.4.3 summarizes the FC4432 treatment and condensate 

accumulation after FC4432 chemical treatment results. Figure B.2.4.2 shows 

pressure drop across core during dynamic condensate accumulation after the 

chemical treatment.  

The post-treatment relative permeabilities in this experiment when 

compared to the initial relative permeabilities of experiment 2 showed an 

improvement. However, this result should be seen with some speculation as the 
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compared values are not from the same core. The improvement factor based on 

relative permeability of gas was 3.2. The final permeability after treatment was 

not measured in this experiment. The surfactant retention of FC4432 was 8.8 

mg/g. 
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Table B.2.4.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.40 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 
LSection-I, (inch) 4.0 
LSection-II, (inch) 4.0 

Table B.2.4.2 Synthetic gas mixture properties. 

 

 

 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.4.3 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FC4432 chemical treatment at Swi=0.40 

FC4432 chemical 
treatment  Post methanol condensate flood Total 

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 
Pore Volumes Injected 20.0 qtotal_core, (cc/hr) 85.458 

ΔPTotal, (psi) 1.32 qg_core, (cc/hr) 78.792 
qo_core, (cc/hr) 6.666 

ΔP,  (psi) 2.3 
Gas relative permeability, krg 0.038 
Oil relative permeability, kro 0.030 

  

Capillary number, Nc 3.94E-06
  Improvement 3.28 
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Figure B.2.4.1 Pressure drop across the core during FC4432 chemical flood at 32 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0 
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Figure B.2.4.2 Pressure drop across core during dynamic condensate 
accumulation at 85 cc/hr after FC4432 treatment at 145oF and 1,200 
psig in Berea sandstone with Swi=0.40 
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B.2.5 Experiment-5 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Berea sandstone at 0% initial water saturation. Standard coreflood procedure 

as described in Appendix B.1 was followed.   

The core properties and experimental conditions are summarized in Table 

B.2.5.1. Table B.2.5.2 summarizes the methane flood results to measure initial 

permeability of the core at Swi=0.0. The synthetic gas mixture (see Appendix A.3 

for mixture preparation) properties at experimental conditions are summarized in 

Table B.2.5.3. Figure B.2.5.1 shows the methane flood pressure drop across the 

core.  

Figures B.2.5.2 and B.2.5.3 show the initial condensate flood pressure 

drop across the core and sections respectively at 85 cc/hr. Table B.2.5.4 

summarize the initial condensate flood results. The condensate builds up starts 

after injecting around 40 pore volumes. The section pressure drops recorded are 

different and this is due to different lengths in each section while placing the core 

in the core-holder. 

Figure B.2.5.4 shows the pressure drop during FS10 chemical treatment 

(4% water, 94% methanol, 2% chemical). Table B.2.5.5 summarizes the FS10 

treatment and condensate accumulation after FS10 chemical treatment results. 

Figure B.2.5.5 shows pressure drop across core during dynamic condensate 

accumulation. The pressure drop trend is different as compared to other post 

treatment floods. It can be speculated that the chemical is reacting or 

polymerizing during the post-treatment condensate flood. The treatment improved 
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the gas and condensate relative permeability. The overall improvement was 2.0. 

The final permeability after treatment was not measured in this experiment. The 

surfactant retention of FS10 was 11.5 mg/g. 
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Table B.2.5.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 
LSection-I, (inch) 4.0 
LSection-II, (inch) 4.0 

Table B.2.5.2 Initial methane flood at 3,000 psig and 145oF at Swi=0. 

qcore, (cc/hr) ΔP,  (psi) kg, (md) 
228.0 0.24 275 
456.0 0.61 216 

Permeability kg, (md) 220 
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Table B.2.5.3 Synthetic gas mixture properties. 

 

 

Table B.2.5.4 Initial dynamic condensate accumulation at 1,200 psig and 145oF at 
Swi=0.40 

  Total 

q_pump, (cc/hr) 32.0 

qtotal_core, (cc/hr) 85.458 

qg_core, (cc/hr) 78.792 

qo_core, (cc/hr) 6.666 
ΔP,  (psi) 5.7 

krg 0.015 

kro 0.012 

Nc 9.93E-06 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.5.5 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment at Swi=0 

 

FS10 chemical treatment 
(2% FS10, 4% water, 94% 

methanol) 
 Post treatment  

condensate flood Total 

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 
Pore Volumes Injected 20.0 qtotal_core, (cc/hr) 85.458 

ΔPTotal, (psi) 1.5 qg_core, (cc/hr) 78.792 
qo_core, (cc/hr) 6.666 

ΔP,  (psi) 2.92 
Gas relative permeability, krg 0.030 
Oil relative permeability, kro 0.023 

  

Capillary number, Nc 5.04E-06
  Improvement 1.97 
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Figure B.2.5.1 Pressure drop across the core during methane flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0.0 
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Figure B.2.5.2 Pressure drop across the core during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0 
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Figure B.2.5.3 Pressure drop across sections during dynamic condensate 
accumulation before treatment at 85 cc/hr in Berea sandstone at 
145oF and 1,200 psig with Swi=0 
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Figure B.2.5.4 Pressure drop across core during FS10 chemical flood at 32 cc/hr 
at 145oF and 1,200 psig in Berea sandstone with Swi=0 
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Figure B.2.5.5 Pressure drop across core during dynamic condensate 
accumulation at 85 cc/hr after FC4432 treatment at 145oF and 1,200 
psig in Berea sandstone with Swi=0.0 
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B.2.6 Experiment-6 

The Fluorosyl chemical was being tested in other lab and caused plugging 

in the experimental setup. Hence, the whole condensate procedure was not 

followed and only chemical treatment step was performed to evaluate the 

chemistry. A 4% water, 2% chemical and 94% methanol treatment solution was 

injected. The pressure drop increased steadily as treatment solution was injected 

leading to plugging. Further, analysis showed that the chemical had polymerized 

at the surface of the core. A yellow solid was found while taking out the core. 

Figure B.2.6.1 shows the pressure drop during the treatment solution injection. 
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Figure B.2.6.1 Pressure drop across core during Fluorosyl chemical treatment at 
32 cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0 
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B.2.7 Experiment-7 

The experiment was carried out at 145oF and 1,200 psig. The core used 

was Texas Cream limestone at 0% initial water saturation. Standard coreflood 

procedure as described in Appendix B.1 was followed.   

The core properties and experimental conditions are summarized in Table 

B.2.7.1. Table B.2.7.2 summarizes the methane flood results to measure initial 

permeability of the core at Swi=0.0. The synthetic gas mixture (see Appendix A.3 

for mixture preparation) properties at experimental conditions are summarized in 

Table B.2.7.3. Figures B.2.7.1 and B.2.7.2 show the methane flood pressure drop 

across the sections and core respectively. Difference in pressure drops in different 

sections suggests a presence of heterogeneity in the carbonate core. It is possible 

that Inlet-Top and Bottom-Outlet section may report different pressure because 

while placing the core and during drilling through taps these two sections may get 

different length between the ends of the core-holder and the top and bottom taps. 

The pressure drop between the Middle-Bottom section and Top-Middle section 

should be same for mostly homogeneous cores as the length is fixed at 2.0 inches. 

Figures B.2.7.3 and B.2.7.4 show the initial condensate flood pressure 

drop across the core and sections respectively at 85 cc/hr. Table B.2.7.4 

summarizes the initial condensate flood results. The condensate builds up starts 

after injecting around 60 pore volumes.  

Figure B.2.7.5 shows the pressure drop during methanol treatment across 

the core and sections. Table B.2.7.5 summarizes the methanol treatment results 

and condensate accumulation after methanol treatment results. Figure B.2.7.6 
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shows pressure drop across core during dynamic condensate accumulation. Two 

batches of mixture were flooded to get a reasonable steady-state. However, the 

injection of second batch of mixture shows the similar pressure drop as compared 

to the first batch. The condensate build up again and took similar pore volumes to 

reach steady-state (100 PVs). There was no significant difference in gas and 

condensate relative permeabilities before and after treatment with methanol. 

Figure B.2.7.7 shows the pressure drop during FS10 chemical treatment 

(2% chemical, 98% methanol). Table B.2.7.6 summarizes the FS10 chemical 

treatment results and condensate accumulation after FS10 chemical treatment 

results. Figure B.2.7.8 shows pressure drop across core and sections during 

dynamic condensate accumulation. The steady-state is reached after 100 pore 

volumes of gas mixture injection. There was no significant difference in gas and 

condensate relative permeabilities before and after treatment with FS10 chemical. 

The surfactant retention of FS10 was 11.3 mg/g. 
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Table B.2.7.1 Core properties and experimental conditions. 

Core Texas Cream 
Limestone 

Length,  (inch) 8.0 
Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.40 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 

LSection-I,II,III,IV, (inch) 2.0 

Table B.2.7.2 Initial methane flood at 3,000 psig and 145oF at Swi=0. 

qcore, (cc/hr) ΔP,  (psi) kg, (md) 
228.0 10.50 6.3 
456.0 21.50 6.2 
139.0 5.80 6.9 
324.0 15.00 6.3 

Permeability kg, (md) 6.10 
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Table B.2.7.3 Synthetic gas mixture properties. 

 

 

Table B.2.7.4 Initial dynamic condensate accumulation at 1,200 psig and 145oF at 
Swi=0 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase 
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 

 Total Section-I Section-II Section-III Section-IV

q_pump, (cc/hr) 32.0 32.0 32.0 32.0 32.0 

qtotal_core, (cc/hr) 85.458 85.458 85.458 85.458 85.458 

qg_core, (cc/hr) 78.792 78.792 78.792 78.792 78.792 

qo_core, (cc/hr) 6.666 6.666 6.666 6.666 6.666 

ΔP,  (psi) 25.160 5.620 8.600 6.450 8.280 

krg 0.124 0.138 0.090 0.120 0.094 

kro 0.096 0.107 0.070 0.093 0.073 

Nc 1.22E-06 1.09E-06 1.67E-06 1.25E-06 1.61E-06 
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Table B.2.7.5 Dynamic condensate accumulation at 1,200 psig and 145oF after 
methanol treatment at Swi=0 

 

Methanol 
treatment  

Post 
methanol 

condensate 
flood 

Total Section-III Section-IV

qcore, 
(cc/hr) 32.0 q_pump, 

(cc/hr) 32.0 32.0 32.0 

Pore 
Volumes 
Injected 

20.0 qtotal_core, 
(cc/hr) 85.458 85.458 85.458 

ΔPTotal, 
(psi) 16.10 qg_core, (cc/hr) 78.792 78.792 78.792 

qo_core, (cc/hr) 6.666 6.666 6.666 
ΔP,  (psi) 22.870 5.400 7.300 

Gas relative 
permeability, 

krg 
0.136 0.144 0.106 

Oil relative 
permeability, 

kro 
0.105 0.111 0.082 

  

Capillary 
number, Nc 

1.11E-06 1.05E-06 1.42E-06 
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Table B.2.7.6 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment at Swi=0 

 

FS10 
chemical 
treatment 
(2% FS10, 

98% 
methanol) 

 Post treatment 
l condensate flood Total   

qcore, (cc/hr) 32.0 q_pump, (cc/hr) 32.0 32.0 32.0 
Pore 

Volumes 
Injected 

20.0 qtotal_core, (cc/hr) 85.458 85.458 85.458 

ΔPTotal, (psi) 15.24 qg_core, (cc/hr) 78.792 78.792 78.792 
qo_core, (cc/hr) 6.666 6.666 6.666 

ΔP,  (psi) 23.770 5.070 8.410 
Gas relative permeability, krg 0.131 0.153 0.092 
Oil relative permeability, kro 0.101 0.119 0.072 

  

Capillary number, Nc 1.16E-06 9.86E-07 1.64E-06
  Improvement 1.058 1.108 1.023 
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Figure B.2.7.1 Pressure drop across sections of core during methane flood at 
different flow rates in Texas Cream limestone at 145oF and 1,200 
psig with Swi=0 
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Figure B.2.7.2 Pressure drop across the core during methane flood at different 
flow rates in Texas Cream limestone at 145oF and 1,200 psig with 
Swi=0 
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Figure B.2.7.3 Pressure drop across the sections during dynamic condensate 
accumulation at 85 cc/hr before treatment at 145oF and 1,200 psig in 
Texas Cream limestone with Swi=0 
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Figure B.2.7.4 Pressure drop across core during dynamic condensate 
accumulation at 85 cc/hr before treatment at 145oF and 1,200 psig in 
Texas Cream limestone with Swi=0  
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Figure B.2.7.5 Pressure drop across core and different sections during methanol 
flood at 32 cc/hr at 145oF and 1,200 psig in Texas Cream limestone 
with Swi=0 
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Figure B.2.7.6 Pressure drop across core and different sections during dynamic 
condensate accumulation at 85 cc/hr after methanol treatment in 
Texas Cream limestone with Swi=0 at 145oF and 1,200 psig.  
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Figure B.2.7.7 Pressure drop across core during FS10 chemical flood at 32 cc/hr 
in Texas Cream limestone with Swi=0 at 145oF and 1,200 psig. 
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Figure B.2.7.8 Pressure drop across core and sections during dynamic condensate 
accumulation at 85 cc/hr after FS10 treatment in Texas Cream 
limestone with Swi=0 at 145oF and 1,200 psig.  
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B.2.8 Experiment-8, 9, 10 

The experiment was carried out in new experimental setup at 145oF and 

1,200 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.8.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.8.2. Figure B.2.8.1 

shows the methane flood pressure drop across the core.  

Figures B.2.8.2 and B.2.8.3 show the initial condensate flood pressure 

drop across the core and sections respectively at 672 cc/hr and 350 cc/hr 

respectively. Table B.2.8.3 summarizes the initial condensate flood results. The 

steady-state is reached after injecting 70 pore volumes of the gas mixture. 

Figure 2.8.4 shows the initial condensate accumulation at 192 cc/hr. The figure 

shows pressure drop across the core and in the sections.  

Figure B.2.8.5 shows the pressure drop during FS10 chemical treatment at 

1192 cc/hr. Table B.2.8.4 summarizes the FS10 chemical treatment. 

Figure B.2.8.6 shows pressure drop across core and sections during dynamic 

condensate accumulation after FS10 chemical treatment. Steady-state was reached 

after injecting 200 pore volumes of gas mixture. The condensate began to build up 

after injecting 50 pore volumes of gas mixture. The final permeability after 

treatment was not measured in this experiment. The surfactant retention of FS10 

was not measured in this experiment. 
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Table B.2.8.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 216 

Table B.2.8.2 Synthetic gas mixture properties. 

 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.8.3 Initial dynamic condensate accumulation at 1,200 psig and 145oF at 
Swi=0.0 

  Total Section-I Section-II Section-III Section-IV 
q_pump, (cc/hr) 131.0 131.0 131.0 131.0 131.0 

qtotal_core, (cc/hr) 349.844 349.844 349.844 349.844 349.844 
qg_core, (cc/hr) 322.556 322.556 322.556 322.556 322.556 
qo_core, (cc/hr) 27.288 27.288 27.288 27.288 27.288 

ΔP,  (psi) 4.750 1.350 0.980 1.030 1.450 
krg 0.075 0.066 0.091 0.087 0.062 
kro 0.058 0.051 0.071 0.067 0.048 
Nc 8.20E-06 9.32E-06 6.77E-06 7.11E-06 1.00E-05 

 

q_pump, (cc/hr) 252.0 252.0 252.0 252.0 252.0 
qtotal_core, (cc/hr) 672.983 672.983 672.983 672.983 672.983 
qg_core, (cc/hr) 620.490 620.490 620.490 620.490 620.490 
qo_core, (cc/hr) 52.493 52.493 52.493 52.493 52.493 

ΔP,  (psi) 11.660 3.260 2.980 3.240 2.290 
krg 0.059 0.053 0.058 0.053 0.075 
kro 0.046 0.041 0.045 0.041 0.058 
Nc 2.01E-05 2.25E-05 2.06E-05 2.24E-05 1.58E-05 
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Table B.2.8.4 FS10 chemical treatment at 1,200 psig and 145oF at Swi=0 

 

Table B.2.8.5 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment at Swi=0 

 

 

Composition (weight %)
2% FS10, 4% Water, 94% 
Methanol         
Pore Volumes 
Injected 48.0         
  Total Section-I Section-II Section-III Section-IV
q_pump, (cc/hr) 1182.0 1182.0 1182.0 1182.0 1182.0 
qtotal_core, (cc/hr) 1182.0 1182.0 1182.0 1182.0 1182.0 
ΔP,  (psi) 16.740 4.900 3.850 3.800 3.870 

  Total Section-I Section-II Section-III Section-IV
q_pump, (cc/hr) 72.0 72.0 72.0 72.0 72.0 
qtotal_core, (cc/hr) 192.281 192.281 192.281 192.281 192.281 
qg_core, (cc/hr) 177.283 177.283 177.283 177.283 177.283 
qo_core, (cc/hr) 14.998 14.998 14.998 14.998 14.998 
ΔP,  (psi) 2.950 0.810 0.830 0.850 0.400 
krg 0.067 0.061 0.059 0.058 0.123 
kro 0.052 0.047 0.046 0.045 0.095 
Nc 5.09E-06 5.59E-06 5.73E-06 5.87E-06 2.76E-06 
Improvement 0.885 0.916 0.649 0.666 1.992 
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Figure B.2.8.1 Pressure drop across the core during methane flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0 
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Figure B.2.8.2 Pressure drop across the core during dynamic condensate 
accumulation at 672 cc/hr in Berea sandstone at 145oF and 1,200 
psig with Swi=0  
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Figure B.2.8.3 Pressure drop across the core during dynamic condensate 
accumulation at 350 cc/hr in Berea sandstone at 145oF and 1,200 
psig with Swi=0 
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Figure B.2.8.4 Pressure drop across sections and the core during dynamic 
condensate accumulation at 192 cc/hr in Berea sandstone at 145oF 
and 1,200 psig with Swi=0 
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Figure B.2.8.5 Pressure drop across sections and the core during FS10 chemical 
treatment at 1192 cc/hr in Berea sandstone at 145oF and 1,200 psig 
with Swi=0 

0.0

1.0

2.0

3.0

4.0

5.0

6.0

7.0

8.0

9.0

0 50 100 150 200 250
Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

Section-I
Section-II
Section-III
Section-IV
Total

 

Figure B.2.8.6 Pressure drop across sections and the core during dynamic 
condensate accumulation at 350 cc/hr in Berea sandstone at 145oF 
and 1,200 psig with Swi=0 after chemical treatment. 
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B.2.11 Experiment – 11 

The experiment was carried out in new experimental setup at 145oF and 

1,200 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.11.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.11.2. Figure B.2.11.1 

shows the nitrogen flood pressure drop across the core.  

Figures B.2.11.2 shows the initial condensate flood pressure drop across 

the core at 85 cc/hr and 170 cc/hr. Table B.2.11.3 summarizes the initial 

condensate flood results. The steady-state is reached after injecting 30 pore 

volumes of the gas mixture. Figure B.2.11.3 shows the pressure drop during 

FC4432 chemical treatment (2% chemical, 4% water, 94% methanol) at 

254 cc/hr. Table B.2.11.4 summarizes the FC4432 chemical treatment and post 

treatment dynamic condensate accumulation results. Figure B.2.11.4 shows 

pressure drop across core during dynamic condensate accumulation after FC4432 

chemical treatment. Steady-state was reached after injecting 80 pore volumes of 

gas mixture. The gas and condensate relative permeability increased due to the 

chemical treatment. The final permeability of the core after treatment was not 

measured in this experiment. The surfactant retention of FC4432 was 8.8 mg/g. 
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Table B.2.11.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 216 

Table B.2.11.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.11.3 Initial dynamic condensate accumulation at 1,200 psig and 145oF 
at Swi=0.0 

   Total Section-I Section-III 
q_pump, 
(cc/hr) 32.0 32.0 32.0 
qtotal_core, 
(cc/hr) 85.458 85.458 85.458 
qg_core, (cc/hr) 78.792 78.792 78.792 
qo_core, (cc/hr) 6.666 6.666 6.666 
ΔP,  (psi) 9.250 4.440 2.820 
krg 0.126 0.066 0.104 
kro 0.098 0.051 0.080 
Nc 1.20E-06 2.30E-06 1.46E-06 
       
  Total Section-I Section-III 
q_pump, 
(cc/hr) 64.0 64.0 64.0 
qtotal_core, 
(cc/hr) 170.916 170.916 170.916 
qg_core, (cc/hr) 157.585 157.585 157.585 
qo_core, (cc/hr) 13.331 13.331 13.331 
ΔP,  (psi) 13.320 5.820 3.550 
krg 0.175 0.100 0.164 
kro 0.136 0.078 0.127 
Nc 1.72E-06 3.01E-06 1.84E-06 
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Table B.2.11.4 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FC4430 chemical flood. 

 

 

Composition (weight %) 
2% FC4430, 4% Water, 94% 

Methanol 
 
 

Post 
treatment 
condensate 

flood 

Total Section-I Section-
IV 

Pore 
Volumes 
Injected 

20.0   q_pump, 
(cc/hr) 32.0 32.0 32.0 

 Total Section-ISection-
IV 

qtotal_core, 
(cc/hr) 85.458 85.458 85.458 

q_pump, 
(cc/hr) 254.0 1182.0 1182.0 qg_core, (cc/hr) 78.792 78.792 78.792 

qtotal_core, 
(cc/hr) 254.0 1182.0 1182.0 qo_core, (cc/hr) 6.666 6.666 6.666 

ΔP,  (psi) 16.740 9.630 3.640 ΔP,  (psi) 2.540 0.930 0.540 
    krg 0.460 0.314 0.541 
    kro 0.356 0.243 0.419 
    Nc 3.29E-07 4.81E-07 2.80E-07
    Improvement 3.642 4.774  
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Figure B.2.11.1 Pressure drop across the core during nitrogen flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0  
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Figure B.2.11.2 Pressure drop across the core during dynamic condensate 
accumulation at different flow rates in Berea sandstone at 145oF and 
1,200 psig with Swi=0  
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Figure B.2.11.3 Pressure drop across the core during FC4432 chemical treatment 
at 254 cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0  
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Figure B.2.11.4 Pressure drop across the core during dynamic condensate 
accumulation at 85 cc/hr in Berea sandstone at 145oF and 1,200 psig 
with Swi=0  
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B.2.12 Experiment – 12 

The experiment was carried out in new experimental setup at 145oF and 

1,200 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.12.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.12.2. Figure B.2.12.1 

shows the pressure drop across the core during methane flood.  

Figures B.2.12.2 shows the initial condensate flood pressure drop across 

the core at 85 cc/hr and 170 cc/hr. Table B.2.12.3 summarizes the initial 

condensate flood results. The steady-state is reached after injecting 40 pore 

volumes of the gas mixture. Figure B.2.12.3 shows the pressure drop during 

FC4430 chemical treatment (2% chemical, 4% water, 94% methanol) at 

256 cc/hr. Table B.2.12.4 summarizes the FC4430 chemical treatment and post 

treatment dynamic condensate accumulation results. Figure B.2.12.4 shows 

pressure drop across core during dynamic condensate accumulation after FC4430 

chemical treatment. The gas and condensate relative permeability increased due to 

the chemical treatment (see Table B.2.12.4). The final permeability of the core 

after treatment was not measured in this experiment. The surfactant retention of 

FC4430 was not measured. 
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Table B.2.12.1 Core properties and experimental conditions. 

Table B.2.12.2 Synthetic gas mixture properties. 

 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 95 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.12.3 Initial dynamic condensate accumulation at 1,200 psig and 145oF 
at Swi=0.0 

Table B.2.12.4 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FC4430 chemical treatment. 

 

  Total Total 
q_pump, (cc/hr) 32.0 64.0 
qtotal_core, (cc/hr) 85.458 170.916 
qg_core, (cc/hr) 78.792 157.585 
qo_core, (cc/hr) 6.666 13.331 
ΔP,  (psi) 6.000 12.500 
krg 0.033 0.032 
kro 0.026 0.025 
Nc 4.53E-06 9.44E-06 

 Post condensate 
accumulation Total Total Total 

Composition (weight %) 
2% FC4430, 4% Water, 94% 
Methanol q_pump, (cc/hr) 32.0 64.0 394.0 
PV Injected 23.0 qtotal_core, (cc/hr) 85.458 170.916 1052.203
  Total qg_core, (cc/hr) 78.792 157.585 970.131 
q_core, (cc/hr) 256.0 qo_core, (cc/hr) 6.666 13.331 82.072 
ΔP,  (psi) 5.110 ΔP,  (psi) 2.100 3.750 12.800 
  krg 0.095 0.107 0.193 
  kro 0.074 0.083 0.149 
  Nc 1.59E-062.83E-06 9.67E-06
  Improvement 2.857 3.333   
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Figure B.2.12.1 Pressure drop across the core during dynamic condensate 
accumulation at 85 cc/hr in Berea sandstone at 145oF and 1,200 psig 
with Swi=0 
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Figure B.2.12.2 Pressure drop across the core during dynamic condensate 
accumulation at 85 cc/hr in Berea sandstone at 145oF and 1,200 psig 
with Swi=0 

0.0

2.0

4.0

6.0

8.0

10.0

12.0

14.0

16.0

18.0

20.0

0 5 10 15 20
Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

 

Figure B.2.12.3 Pressure drop across the core during FC4430 chemical treatment 
at 256 cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0 
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Figure B.2.12.4 Pressure drop across the core during dynamic condensate 
accumulation at 85 cc/hr in Berea sandstone at 145oF and 1,200 psig 
with Swi=0 
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B.2.13 Experiment – 13 

The experiment was carried out in new experimental setup at 145oF and 

1,200 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.13.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.13.2. Figure B.2.13.1 

shows the pressure drop across the core during methane flood.  

Figures B.2.13.2 shows the initial condensate flood pressure drop across 

the core at 680 cc/hr, 1046 cc/hr and 2750 cc/hr. Table B.2.13.3 summarizes the 

initial condensate flood results. The steady-state is reached after injecting 20 pore 

volumes of the gas mixture at 680 cc/hr. It took 100 pore volumes to reach 

steady-state at 2750 cc/hr. Figure B.2.13.3 shows the pressure drop during FS10 

chemical treatment (2% chemical, 4% water, 94% methanol) at 901 cc/hr. 

Table B.2.13.4 summarizes the FS10 chemical treatment. The pressure drop 

across the core did not reach a steady-state as the pressure increased during the 

whole process. The chemical polymerized before it came in contact with the 

porous media. Figure B.2.13.4 shows pressure drop across core during dynamic 

condensate accumulation at different flow rates after FS10 chemical treatment. 

The gas and condensate relative permeability did not increase due to the chemical 

treatment (see Table B.2.13.4). The final permeability of the core after treatment 

was not measured in this experiment. The surfactant retention of FS10 was 3.7 

mg/g. 
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Table B.2.13.1 Core properties and experimental conditions. 
Core Berea Sandstone 

Length,  (inch) 8.0 
Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 145.0 
Pressure, (psig) 1200.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 95 

Table B.2.13.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - I  

krg/kro 1.292  

Single phase ρ, (gm/cc) @ 3,000 psig 0.291  
σ, (dynes/cm) @ 1,200 psig 4.200  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.074 0.525 

μ, (cp) 0.015 0.135 
Volume fraction 0.922 0.078 
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Table B.2.13.3 Initial dynamic condensate accumulation at 1,200 psig and 145oF 
at Swi=0.0 

Table B.2.13.4 FS10 chemical treatment at 1,200 psig and 145oF  

Composition (weight %) 2% FS10, 4% Water, 
94% Methanol 

PV Injected 12.0 
 Total 

qtotal_core, (cc/hr) 901.0 

ΔP,  (psi) 40.000 

 Total Total Total Total Total 
q_pump, (cc/hr) 255.0 392.0 1030.0 1086.0 1257.0 

qtotal_core, (cc/hr) 680.994 1046.862 2750.683 2900.235 3356.901 
qg_core, (cc/hr) 627.877 965.207 2536.130 2674.016 3095.063 
qo_core, (cc/hr) 53.118 81.655 214.553 226.218 261.838 

ΔP,  (psi) 7.860 11.850 29.500 38.500 45.120 
krg 0.060 0.061 0.064 0.052 0.051 
kro 0.046 0.047 0.050 0.040 0.040 
Nc 2.01E-05 3.03E-05 7.55E-05 9.85E-05 1.15E-04 
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Table B.2.13.5 Dynamic condensate accumulation at 1,200 psig and 145oF after 
FS10 chemical treatment. 

 

 Total Total Total Total 
q_pump, (cc/hr) 255.0 392.0 1018.0 1257.0 

qtotal_core, (cc/hr) 680.994 1046.862 2718.636 3356.901 
qg_core, (cc/hr) 627.877 965.207 2506.583 3095.063 
qo_core, (cc/hr) 53.118 81.655 212.054 261.838 

ΔP,  (psi) 4.900 9.800 28.840 44.650 
krg 0.096 0.074 0.065 0.080 
kro 0.074 0.057 0.050 0.040 
Nc 1.25E-05 2.51E-05 7.38E-05 1.14E-04 

Improvement  
Factor 1.6 1.2 1.0 1.6 
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Figure B.2.13.1 Pressure drop across the core during methane flood at different 
flow rates in Berea sandstone at 145oF and 1,200 psig with Swi=0  
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Figure B.2.13.2 Pressure drop across the core during dynamic condensate 
accumulation at different flow rates in Berea sandstone at 145oF and 
1,200 psig with Swi=0 
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Figure B.2.13.3 Pressure drop across the core during FS10 chemical flood at 901 
cc/hr in Berea sandstone at 145oF and 1,200 psig with Swi=0 

0.0

10.0

20.0

30.0

40.0

50.0

60.0

0 50 100 150 200 250 300 350 400

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

q=3356 cc/hr

q=2716 cc/hr

q=1046 cc/hr
q=680 cc/hr

 

Figure B.2.13.4 Pressure drop across the core during dynamic condensate 
accumulation after FS10 treatment in Berea sandstone at 145oF and 
1,200 psig with Swi=0 
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B.2.14 Experiment – 14 

The experiment was carried out in new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.14.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.14.2.  

Figures B.2.14.1 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was reached for the initial flow rate 

of 330 cc/hr in 20 pore volumes. However, if the change in flow rate is significant 

like 3-4 times then it takes more pore volumes to reach the steady-state. 

Table B.2.14.3 summarizes the initial condensate flood results. Figure B.2.14.2 

shows the pressure drop during FC4430 chemical treatment (2% chemical, 4% 

water, 94% methanol) at 254 cc/hr. Table B.2.14.4 summarizes the FC4430 

chemical treatment. 20 pore volumes of treatment solution were injected. The 

pressure drop across the core reached steady-state after 4 pore volumes of 

treatment solution injection. Figure B.2.14.3 shows pressure drop across core 

during dynamic condensate accumulation at different flow rates after FC4430 

chemical treatment. The gas and condensate relative permeability increase due to 

the chemical treatment (see Table B.2.12.4). The improvement factor was higher 

in low flow rates and lower for high flow rates of gas mixture injection. 

Figure B.2.14.4 shows pressure drop across the core during methane flood. The 

final permeability of the core after treatment was measured by performing 
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methane flood and was measured the same. This indicates that there was no 

damage to the core due to chemical treatment. The surfactant retention of FC4430 

was 6.7 mg/g. 
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Table B.2.14.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 205 

Table B.2.14.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.14.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 

Table B.2.14.4 FC4430 chemical treatment at 1,500 psig and 250oF. 

Composition (weight %) 
2% FC4430, 4% Water, 94% Methanol 
Pore Volumes Injected 20.0 
  Total 
qtotal_core, (cc/hr) 254.0 
ΔP,  (psi) 4.220 

 

  Total Total Total Total Total Total Total Total 
q_pump, 
(cc/hr) 136.0 336.0 496.0 672.0 993.0 717.0 1082.0 1563.0 
qtotal_core, 
(cc/hr) 331.606 819.262 1209.3871638.5242421.2121748.247 2638.219 3811.031
qg_core, 
(cc/hr) 298.081 736.435 1087.1181472.8692176.4271571.499 2371.495 3425.736
qo_core, 
(cc/hr) 33.525 82.827 122.269 165.655 244.785 176.748 266.724 385.295 
ΔP,  
(psi) 8.670 17.800 23.730 30.400 39.800 33.820 43.820 59.200 
krg 0.045 0.055 0.060 0.064 0.072 0.061 0.071 0.076 
kro 0.051 0.061 0.068 0.072 0.081 0.069 0.080 0.086 
Nc 1.33E-05 2.73E-053.64E-05 4.66E-05 6.11E-05 5.19E-05 6.72E-05 9.08E-05
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Table B.2.14.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 chemical treatment. 

 

  Total Total Total Total 
q_pump, (cc/hr) 136.0 336.0 672.0 1563.0 
qtotal_core, (cc/hr) 331.606 819.262 1638.524 3811.031 
qg_core, (cc/hr) 298.081 736.435 1472.869 3425.736 
qo_core, (cc/hr) 33.525 82.827 165.655 385.295 
ΔP,  (psi) 2.830 9.300 14.260 40.500 
krg 0.139 0.104 0.136 0.111 
kro 0.156 0.117 0.153 0.125 
Nc 4.34E-06 1.43E-05 2.19E-05 6.21E-05 
Improvement Factor 3.064 1.914 1.889 1.462 
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Figure B.2.14.1 Pressure drop across the core during dynamic condensate 
accumulation in Berea sandstone at 250oF and 1,500 psig with Swi=0  
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Figure B.2.14.2 Pressure drop across the core during FC4430 chemical treatment 
at 254 cc/hr in Berea sandstone at 250oF and 1,500 psig with Swi=0  



375 

0.0

5.0

10.0

15.0

20.0

25.0

30.0

35.0

40.0

45.0

50.0

0 50 100 150 200 250 300 350 400 450 500 550 600
Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

q=330.2 cc/hr

q=819 cc/hr

q=1638 cc/hr

q=2637 cc/hr

 

Figure B.2.14.3 Pressure drop across the core during dynamic condensate 
accumulation after FC4430 treatment in Berea sandstone at 250oF 
and 1,500 psig with Swi=0 
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Figure B.2.14.4 Pressure drop across the core during methane flood after 
treatment in Berea sandstone at 250oF and 1,500 psig with Swi=0 
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B.2.15 Experiment – 15 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.15.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.15.2.  Figure B.2.15.1 

shows the pressure drop across the core during methane flood at 250oF.  

Figure B.2.15.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was reached for the initial flow rate 

of 432 cc/hr in 20 pore volumes. However, it took 70 pore volumes to reach 

steady-state after changing the flow rate to 2054 cc/hr from 432 cc/hr. 

Table B.2.15.3 summarizes the initial condensate flood results. Figure B.2.15.3 

shows the pressure drop during FS10 chemical treatment (2% chemical, 4% 

water, 94% methanol) at 512 cc/hr. Table B.2.15.4 summarizes the FS10 

chemical treatment and dynamic condensate accumulation after the FS10 

chemical treatment. Figure B.2.15.4 shows pressure drop across core during 

dynamic condensate accumulation at 2578 cc/hr after FS10 chemical treatment. 

The gas and condensate relative permeability did not increase due to the chemical 

treatment. Figure B.2.15.5 shows pressure drop across the core during methane 

flood. The final permeability of the core after treatment was measured the same. 

This indicates that there was no damage to the core due to chemical treatment. 

The surfactant retention of FS10 was 6.7 mg/g. 
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Table B.2.15.1 Core properties and experimental conditions. 
Core Berea Sandstone 

Length,  (inch) 8.0 
Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 234 

Table B.2.15.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.15.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

Table B.2.15.4 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FS10 chemical treatment. 

 

  Total Total Total Total 
q_pump, (cc/hr) 177.0 842.0 1056.0 1633.0 
qtotal_core, (cc/hr) 431.575 2053.031 2574.823 3981.711 
qg_core, (cc/hr) 387.943 1845.470 2314.509 3579.160 
qo_core, (cc/hr) 43.632 207.561 260.315 402.551 
ΔP,  (psi) 9.800 36.750 42.650 56.400 
krg 0.046 0.058 0.063 0.073 
kro 0.051 0.065 0.070 0.082 
Nc 1.72E-05 6.44E-05 7.48E-05 9.89E-05 

Composition (weight %) 
2% FS10, 4% Water, 94% Methanol 

 Post treatment 
condensate flood Total 

PV Injected 20.0 q_pump, (cc/hr) 1056.0 
  Total qtotal_core, (cc/hr) 2574.823 
qtotal_core, (cc/hr) 512.0 qg_core, (cc/hr) 2314.509 
ΔP,  (psi) 4.370 qo_core, (cc/hr) 260.315 
    ΔP,  (psi) 36.780 
    krg 0.073 
    kro 0.082 
    Nc 6.45E-05 
  Improvement Factor 1.160 
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Figure B.2.15.1 Pressure drop across the core during methane flood at 250oF in 
Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.15.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig before treatment in Berea 
sandstone with Swi=0 at different flow rates. 
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Figure B.2.15.3 Pressure drop across the core during FS10 chemical flood at 512 
cc/hr in Berea sandstone with Swi=0 at 250oF and 1,500 psig. 
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Figure B.2.15.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at d2578 cc/hr. 
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Figure B.2.15.5 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates after 
the treatment. 
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B.2.16 Experiment – 16 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.16.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.16.2.  Figure B.2.16.1 

shows the pressure drop across the core during methane flood at 250oF.  

Figure B.2.16.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was reached for the initial flow rate 

of 1170 cc/hr in 30 pore volumes. Table B.2.16.3 summarizes the initial 

condensate flood results. Figure B.2.16.3 shows the pressure drop during FC4430 

chemical treatment (2% chemical, 98% methanol) at 451 cc/hr. Table B.2.16.4 

summarizes the FC4430 chemical treatment. Table B.2.16.5 summarizes the 

dynamic condensate accumulation after the FC4430 chemical treatment. 

Figure B.2.16.4 shows pressure drop across core during dynamic condensate 

accumulation at different flow rates after FC4430 chemical treatment. The gas 

and condensate relative permeability did not increase due to the chemical 

treatment. Figure B.2.16.5 shows pressure drop across the core during methane 

flood. The final permeability of the core after treatment was measured the same. 

This indicates that there was no damage to the core due to chemical treatment. 

The surfactant retention of FC4430 was negligible. 
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Table B.2.16.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 268 

Table B.2.16.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.16.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 

Table B.2.16.4 FC4430 chemical treatment at 1,500 psig and 250oF. 

Composition (weight %) 
2% FC4430, 98% Methanol 
Pore volumes injected 18.0 
  Total 
qcore, (cc/hr) 451.0 
ΔP,  (psi) 6.420 

 Total Total Total Total Total 
qpump, (cc/hr) 480.0 920.0 1641.0 1882.0 2846.0 

qtotal_core, (cc/hr) 1170.374 2243.217 4001.217 4588.842 6939.344
qg_core, (cc/hr) 1052.049 2016.428 3596.694 4124.910 6237.776
qo_core, (cc/hr) 118.325 226.789 404.523 463.932 701.568 

ΔP,  (psi) 9.800 36.750 42.650 56.400 76.800 
krg 0.108 0.055 0.085 0.074 0.082 
kro 0.122 0.062 0.096 0.083 0.092 
Nc 1.97E-05 7.38E-05 8.56E-05 1.13E-04 1.54E-04
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Table B.2.16.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 treatment. 

 

 

 

 

 

 

 

 

 

 Total Total Total 
q_pump, (cc/hr) 480.0 920.0 1560.0 

qtotal_core, (cc/hr) 1170.374 2243.217 3803.716 
qg_core, (cc/hr) 1052.049 2016.428 3419.161 
qo_core, (cc/hr) 118.325 226.789 384.556 

ΔP,  (psi) 13.800 30.470 46.600 
krg 0.077 0.067 0.074 
kro 0.086 0.075 0.083 
Nc 2.77E-05 6.12E-05 9.36E-05 

Improvement 0.710 1.206  
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Figure B.2.16.1 Pressure drop across the core during methane flood at 250oF in 
Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.16.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at different flow rates.  
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Figure B.2.16.3 Pressure drop across the core during FC4430 flood at 250oF in 
Berea sandstone with Swi=0 at 451 cc/hr. 
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Figure B.2.16.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at different flow rates after FC4430 treatment. 



389 

0

2

4

6

8

10

12

0 5 10 15 20 25

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

q=1170 cc/hr

q=2340 cc/hr

q=3804 cc/hr

 

Figure B.2.16.5 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates after 
the treatment. 
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B.2.17 Experiment – 17 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.17.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.17.2.  Figure B.2.17.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. Sections I and IV measure different pressure drop due to different 

core length present in the sections. Sections II and III measure the same pressure 

drop as the length is fixed between the pressure taps.  

Figure B.2.17.2 shows the initial condensate flood pressure drop across 

the core and sections at different flow rates. Steady-state was reached for the 

initial flow rate of 1170 cc/hr in 20-30 pore volumes. Table B.2.17.3 summarizes 

the initial condensate flood results. Figure B.2.17.3 shows the pressure drop 

during FC4430 chemical treatment (0.25% chemical, 95.75% methanol, 4% 

water) at 451 cc/hr. Table B.2.17.4 summarizes the FC4430 chemical treatment. 

Table B.2.17.5 summarizes the dynamic condensate accumulation after the 

FC4430 chemical treatment. Figure B.2.17.4 shows pressure drop across core 

during dynamic condensate accumulation at different flow rates after FC4430 

chemical treatment. The gas and condensate relative permeability increases due to 

the chemical treatment. Final permeability was not measured in the experiment as 
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previous results have shown that no damage is caused by the chemical. The 

surfactant retention of FC4430 was small (hence, could not measured). 
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Table B.2.17.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 216 

Table B.2.17.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.17.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 

Table B.2.17.4 FC4430 chemical treatment at 1,500 psig and 250oF  

 

  Total Total Total 
qpump, (cc/hr) 480.0 920.0 1560.0 
qtotal_core, (cc/hr) 1170.374 2243.217 3803.716 
qg_core, (cc/hr) 1052.049 2016.428 3419.161 
qo_core, (cc/hr) 118.325 226.789 384.556 
ΔP,  (psi) 16.410 37.720 54.050 
krg 0.079 0.066 0.078 
kro 0.089 0.074 0.087 
Nc 2.70E-05 6.22E-05 8.91E-05 

Composition (weight %) 
0.25% FC4430, 4% Water, 95.75% Methanol 

Pore volumes injected 20.0 
 Total 

qtotal_core, (cc/hr) 456.0 

ΔP,  (psi) 14.700 
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Table B.2.17.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total Total 
q_pump, (cc/hr) 920.0 1560.0 

qtotal_core, (cc/hr) 2243.217 3803.716 
qg_core, (cc/hr) 2016.428 3419.161 
qo_core, (cc/hr) 226.789 384.556 

ΔP,  (psi) 14.550 33.800 
krg 0.170 0.124 
kro 0.191 0.140 
Nc 2.40E-05 5.57E-05 

Improvement 2.592 1.599 
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Figure B.2.17.1 Pressure drop across the sections and core during methane flood 
at 250oF and 1,500 psig in Berea sandstone with Swi=0 at different 
flow rates after the treatment. 
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Figure B.2.17.2 Pressure drop across the sections and core during dynamic 
condensate accumulation at 250oF and 1,500 psig in Berea sandstone 
with Swi=0 at different flow rates before the treatment. 
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Figure B.2.17.3 Pressure drop across the core during FC4430 treatment flood at 
250oF and 1,500 psig in Berea sandstone with Swi=0 at 451 cc/hr. 
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Figure B.2.17.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at different flow rates after the treatment. 
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B.2.18 Experiment – 18 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.18.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.18.2.  Figure B.2.18.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.18.2 shows the initial condensate flood pressure drop across 

the core and sections at different flow rates. Steady-state was reached for the 

initial flow rate of 1508 cc/hr in 10 pore volumes. However, it took 100 pore 

volumes to achieve steady-state when flow rate was increased to 2717 cc/hr. 

Table B.2.18.3 summarizes the initial condensate flood results. Figure B.2.18.3 

shows the pressure drop during FC4432 chemical treatment (2% chemical, 94% 

methanol, 4% water) at 451 cc/hr. Table B.2.18.4 summarizes the FC4432 

chemical treatment. Table B.2.18.5 summarizes the dynamic condensate 

accumulation after the FC4432 chemical treatment. Figure B.2.18.4 shows 

pressure drop across core during dynamic condensate accumulation at different 

flow rates after FC4432 chemical treatment. The gas and condensate relative 

permeability increases due to the chemical treatment. The increase was 30% and 

was not considered significant from a field trial. Final permeability was not 

measured in the experiment as previous results have shown that no damage is 
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caused by the chemical. The surfactant retention of FC4432 was not measured in 

this experiment. 
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Table B.2.18.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 200 

Table B.2.18.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.18.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 

 

 

 

 

 

 

 

Table B.2.18.4 FC4432 chemical treatment at 1,500 psig and 250oF. 

Composition (weight %) 
2% FC4432, 4% Water, 94% Methanol 
Pore volumes injected 21.0 
  Total 
qtotal_core, (cc/hr) 450.0 
ΔP,  (psi) 9.010 

 

  Total Total 
qpump, (cc/hr) 618.0 1114.0 
qtotal_core, (cc/hr) 1506.857 2716.244 
qg_core, (cc/hr) 1354.514 2441.631 
qo_core, (cc/hr) 152.343 274.612 
ΔP,  (psi) 26.620 47.680 
krg 0.069 0.069 
kro 0.077 0.078 
Nc 3.99E-05 7.14E-05 
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Table B.2.18.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4432 treatment. 

 

 

 

 

 

 

 

 

 

 Total Total 
q_pump, (cc/hr) 618.0 1114.0 

qtotal_core, (cc/hr) 1506.857 2716.244 
qg_core, (cc/hr) 1354.514 2441.631 
qo_core, (cc/hr) 152.343 274.612 

ΔP,  (psi) 20.500 35.000 
krg 0.089 0.094 
kro 0.100 0.106 
Nc 3.07E-05 5.24E-05 

Improvement Factor 1.299 1.362 
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Figure B.2.18.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.18.2 Pressure drop across the core and sections during dynamic 
condensate accumulation at 250oF and 1,500 psig in Berea sandstone 
with Swi=0 at different flow rates before treatment. 
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Figure B.2.18.3 Pressure drop across the core during FC4432 chemical treatment 
at 451 cc/hr at 250oF and 1,500 psig in Berea sandstone with Swi=0  
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Figure B.2.18.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at different flow rates after treatment. 
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B.2.19 Experiment – 19 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.19.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.19.2.  Figure B.2.19.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.19.2 shows the initial condensate flood pressure drop across 

the core and sections at 5432 cc/hr. Steady-state was reached in 250 pore 

volumes. Table B.2.19.3 summarizes the initial condensate flood results. Figure 

B.2.19.3 shows the pressure drop during FC4430 chemical treatment (2% 

chemical, 94% methanol, 4% water) at 451 cc/hr. Table B.2.19.4 summarizes the 

FC4430 chemical treatment. Table B.2.19.5 summarizes the dynamic condensate 

accumulation after the FC4432 chemical treatment. Figure B.2.19.4 shows 

pressure drop across core during dynamic condensate accumulation at different 

flow rates after FC4430 chemical treatment. The gas and condensate relative 

permeability increases due to the chemical treatment. Large pore volumes of gas 

mixture were injected after the treatment to evaluate the treatment durability. 

Final permeability was not measured in the experiment as previous results have 

shown that no damage is caused by the chemical. The surfactant retention of 

FC4430 was 3 mg/g. 



406 

Table B.2.19.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 487 

Table B.2.19.2 Synthetic gas mixture properties. 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.19.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

Table B.2.19.4 FC4430 chemical treatment at 1,500 psig and 250oF. 

Composition (weight %) 
2% FC4432, 4% Water, 94% Methanol 
PV Injected 40.0 
  Total 
q_pump, (cc/hr) 803.0 
qtotal_core, (cc/hr) 803.0 
ΔP,  (psi) 0.900 

 

 Total 
qpump, (cc/hr) 2228.0 

qtotal_core, (cc/hr) 5432.487 
qg_core, (cc/hr) 4883.263 
qo_core, (cc/hr) 549.224 

ΔP,  (psi) 7.960 
krg 0.100 
kro 0.112 
Nc 9.90E-05 
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Table B.2.19.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

  Total 
q_pump, (cc/hr) 2228.0 
qtotal_core, (cc/hr) 5432.487 
qg_core, (cc/hr) 4883.263 
qo_core, (cc/hr) 549.224 
ΔP,  (psi) 3.850 
krg 0.206 
kro 0.232 
Nc 4.79E-05 
krg_treated/krg_untreated 2.068 
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Figure B.2.19.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.19.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 5432 cc/hr. 
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Figure B.2.19.3 Pressure drop across the core during FC4430 chemical treatment 
at 250oF and 1,500 psig in Berea sandstone with Swi=0 at 803 cc/hr. 
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Figure B.2.19.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 5432 cc/hr after treatment. 
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B.2.20 Experiment – 20 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.20.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.20.2.  Figure B.2.20.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.20.2 shows the initial condensate flood pressure drop across 

the core and sections at 2340 cc/hr. Table B.2.20.3 summarizes the initial 

condensate flood results. Figure B.2.20.3 shows the pressure drop during Zonyl-

FSO chemical treatment (2% chemical, 94% methanol, 4% water) at 508 cc/hr. 

Table B.2.20.4 summarizes the Zonyl FSO chemical treatment. Table B.2.20.5 

summarizes the dynamic condensate accumulation after the Zonyl-FSO chemical 

treatment. Figure B.2.20.4 shows pressure drop across core during dynamic 

condensate accumulation at different flow rates after Zonyl-FSO chemical 

treatment. The gas and condensate relative permeability did not increase due to 

the chemical treatment. Final permeability was not measured in the experiment as 

previous results have shown that no damage is caused by the chemical. The 

surfactant retention of FSO was 1.5 mg/g. 
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Table B.2.20.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 
Porosity, φ 0.2 

Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 
Permeability, kg (md) 320 

Table B.2.20.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.20.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 

 

 

 

 

 

 

 

Table B.2.20.4 Zonyl-FSO chemical treatment at 1,500 psig and 250oF. 

Composition (weight %) 
2% FSO, 4% Water, 94% Methanol 

Pore volumes injected 21.0 
 Total 

qtotal_core, (cc/hr) 504.0 

ΔP,  (psi) 1.610 

 

 Total 

qpump, (cc/hr) 960.0 

qtotal_core, (cc/hr) 2340.748 

qg_core, (cc/hr) 2104.099 

qo_core, (cc/hr) 236.650 

DP,  (psi) 12.400 

krg 0.050 

kro 0.056 

Nc 8.55E-05 
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Table B.2.20.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
Zonyl-FSO treatment. 

 

 

 

 

 

 

 

 

 

 Total 
q_pump, (cc/hr) 960.0 

qtotal_core, (cc/hr) 2340.748 
qg_core, (cc/hr) 2104.099 
qo_core, (cc/hr) 236.650 

ΔP,  (psi) 10.300 
krg 0.060 
kro 0.067 
Nc 7.10E-05 

Improvement Factor 1.204 
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Figure B.2.20.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.20.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 2340 cc/hr. 
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Figure B.2.20.3 Pressure drop across the core during Zonyl-FSO chemical 
treatment at 250oF and 1,500 psig in Berea sandstone with Swi=0 at 
508 cc/hr. 
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Figure B.2.20.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 2340 cc/hr after treatment 
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B.2.21 Experiment – 21 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.21.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.21.2.  Figure B.2.21.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.21.2 shows the initial condensate flood pressure drop across 

the core and sections at 2430 cc/hr. Table B.2.21.3 summarizes the initial 

condensate flood results. Steady-state was reached in 140 pore volumes. It takes 

more pore volumes to reach steady-state at high flow rates. Figure B.2.21.3 

shows the pressure drop during FC4432 chemical treatment (1% chemical, 95% 

methanol, 4% water) at 504 cc/hr. Table B.2.21.4 summarizes the FC4432 

chemical treatment. Table B.2.21.5 summarizes the dynamic condensate 

accumulation after the FC4432 chemical treatment. Figure B.2.21.4 shows 

pressure drop across core during dynamic condensate accumulation at different 

flow rates after FC4432 chemical treatment. The gas and condensate relative 

permeability did not increase due to the chemical treatment. Final permeability 

was not measured in the experiment as previous results have shown that no 

damage is caused by the chemical. The surfactant retention of FC4432 was not 

measured. 
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Table B.2.21.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 

Permeability, kg (md) 325 

Table B.2.21.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.21.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

Table B.2.21.4 FC4432 chemical treatment at 1,500 psig and 250oF. 

 Total 
qpump, (cc/hr) 960.0 

qtotal_core, (cc/hr) 2340.748 
qg_core, (cc/hr) 2104.099 
qo_core, (cc/hr) 236.650 

ΔP,  (psi) 12.400 
krg 0.053 
kro 0.060 
Nc 8.04E-05 

Composition (weight %) 
1% FC4432, 10% Water, 89% Methanol 

PV Injected 16.0 
 Total 

qtotal_core, (cc/hr) 504.0 

ΔP,  (psi) 2.000 
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  Table B.2.21.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4432 chemical treatment. 

 
 Total 

q_pump, (cc/hr) 960.0 
qtotal_core, (cc/hr) 2340.748 
qg_core, (cc/hr) 2104.099 
qo_core, (cc/hr) 236.650 

ΔP,  (psi) 12.300 
krg 0.053 
kro 0.060 
Nc 7.98E-05 

Improvement Factor 1.008 
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Figure B.2.21.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 
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Figure B.2.21.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 2340 cc/hr  
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Figure B.2.21.3 Pressure drop across the core during FC4432 chemical treatment 
at 250oF and 1,500 psig in Berea sandstone with Swi=0 at 504 cc/hr 
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Figure B.2.21.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone after 
treatment. 
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B.2.22 Experiment – 22 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Texas Cream limestone at no initial water 

saturation. Standard coreflood procedure as described in Appendix B.1 was 

followed. The core properties and experimental conditions are summarized in 

Table B.2.22.1. The synthetic gas mixture (see Appendix A.3 for mixture 

preparation) properties at experimental conditions are summarized in Table 

B.2.22.2.  Figure B.2.22.1 shows the pressure drop across the core and across the 

sections during methane flood at 250oF. 

Figure B.2.22.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Table B.2.22.3 summarizes the initial condensate 

flood results. Steady-state for 1505 cc/hr flow rate is not clearly visible, although 

steady-state for 680 cc/hr was reached after injecting 120 pore volumes of gas 

mixture. Figure B.2.22.3 shows the pressure drop during FC4430 chemical 

treatment (2% chemical, 94% methanol, 4% water) at 254 cc/hr. Table B.2.22.4 

summarizes the FC4430 chemical treatment. Table B.2.22.5 summarizes the 

dynamic condensate accumulation after the FC4430 chemical treatment. 

Figure B.2.22.4 shows pressure drop across core during dynamic condensate 

accumulation at different flow rates after FC4430 chemical treatment. The gas 

and condensate relative permeability did not increase due to the chemical 

treatment. Final permeability was not measured in the experiment as previous 

results have shown that no damage is caused by the chemical. The surfactant 

retention of FC4430 was negligible. 
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Table B.2.22.1 Core properties and experimental conditions. 

Core Texas Cream 
limestone 

Length,  (inch) 8.0 
Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 

Permeability, kg (md) 4.2 

Table B.2.22.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.22.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

Table B.2.22.4 FC4430 chemical treatment at 1,500 psig and 250oF. 

 Total Total 
qpump, (cc/hr) 618.0 279.0 

qtotal_core, (cc/hr) 1506.857 680.280 
qg_core, (cc/hr) 1354.514 611.504 
qo_core, (cc/hr) 152.343 68.776 

ΔP,  (psi) 398.560 203.250 
krg 0.219 0.194 
kro 0.246 0.218 
Nc 1.25E-05 6.39E-06 

Composition (weight %) 
2% FC4430, 4% Water, 94% Methanol 

PV Injected 20.0 
 Total 

qtotal_core, (cc/hr) 254.0 

ΔP, (psi) 150.0 
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  Table B.2.22.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 chemical treatment. 

 

 

 

 

 

 

 

 

 

 Total Total 
q_pump, (cc/hr) 618.0 558.0 

qtotal_core, (cc/hr) 1506.857 1360.560 
qg_core, (cc/hr) 1354.514 1223.007 
qo_core, (cc/hr) 152.343 137.553 

ΔP,  (psi) 416.750 383.400 
krg 0.209 0.205 
kro 0.235 0.231 
Nc 1.31E-05 1.20E-05 

Improvement Factor 0.956 1.060 
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Figure B.2.22.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Texas Cream limestone with Swi=0 at different flow 
rates. 
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Figure B.2.22.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Texas Cream limestone 
with Swi=0 at different flow rates. 
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Figure B.2.22.3 Pressure drop across the core during FC4430 treatment at 250oF 
and 1,500 psig in Texas Cream limestone with Swi=0 at 254 cc/hr. 
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Figure B.2.22.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Texas Cream limestone 
with Swi=0 at different flow rates after treatment. 
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B.2.23 Experiment – 23 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.23.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.23.2.  Figure B.2.23.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.23.2 shows the initial condensate flood pressure drop across 

the core at 2340 cc/hr. Table B.2.23.3 summarizes the initial condensate flood 

results. Figure B.2.23.3 shows the pressure drop during FC4430 chemical 

treatment (2% chemical, 73% methanol, 25% water) at 254 cc/hr. Table B.2.23.4 

summarizes the FC4430 chemical treatment. Table B.2.23.5 summarizes the 

dynamic condensate accumulation after the FC4430 chemical treatment. 

Figure B.2.23.4 shows pressure drop across core during dynamic condensate 

accumulation at different flow rates after FC4430 chemical treatment. The gas 

and condensate relative permeability increased due to the chemical treatment. 

Final permeability was not measured in the experiment as previous results have 

shown that no damage is caused by the chemical. The surfactant retention of 

FC4430 was 2.1 mg/g. 
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Table B.2.23.1 Core properties and experimental conditions. 

Core Berea sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 

Permeability, kg (md) 560.0 

Table B.2.23.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.23.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

Table B.2.23.4 FC4432 chemical treatment at 1,500 psig and 250oF. 

 Total 
qpump, (cc/hr) 960.0 

qtotal_core, (cc/hr) 2340.748 
qg_core, (cc/hr) 2104.099 
qo_core, (cc/hr) 236.650 

ΔP,  (psi) 12.720 
krg 0.079 
kro 0.089 
Nc 5.36E-05 

Composition (weight %) 
2% FC4430, 25% Water, 73% Methanol 

PV Injected 20.0 
 Total 

qtotal_core, (cc/hr) 454.0 

ΔP, (psi) 4.0 
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  Table B.2.23.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4432 chemical treatment. 

 

 

 

 

 
 
 
 
 
 
 

 Total 
q_pump, (cc/hr) 960.0 

qtotal_core, (cc/hr) 2340.748 
qg_core, (cc/hr) 2104.099 
qo_core, (cc/hr) 236.650 

ΔP, (psi) 10.320 
krg 0.098 
kro 0.110 
Nc 4.35E-05 

Improvement Factor 1.433 
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Figure B.2.23.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates. 

0

5

10

15

20

25

30

35

40

45

50

0 20 40 60 80 100 120 140 160 180

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

q=2340 cc/hr

 

Figure B.2.23.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 2340 cc/hr. 
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Figure B.2.23.3 Pressure drop across the core during FC4430 chemical treatment 
at 250oF and 1,500 psig in Berea sandstone with Swi=0 at 454 cc/hr  

0

5

10

15

20

25

30

35

40

45

50

0 20 40 60 80 100 120 140 160 180

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

q=2340 cc/hr

 

Figure B.2.23.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 2340 cc/hr after treatment. 
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B.2.24 Experiment – 24 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.24.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.24.2.  Figure B.2.24.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

Figure B.2.24.2 shows the initial condensate flood pressure drop across 

the core at 2340 cc/hr. Table B.2.24.3 summarizes the initial condensate flood 

results. Figure B.2.24.3 shows the pressure drop during FC4430 chemical 

treatment (2% chemical, 88% methanol, 10% water) at 254 cc/hr. Table B.2.24.4 

summarizes the FC4430 chemical treatment. Table B.2.24.5 summarizes the 

dynamic condensate accumulation after the FC4430 chemical treatment. 

Figure B.2.24.4 shows pressure drop across core during dynamic condensate 

accumulation at different flow rates after FC4430 chemical treatment. The gas 

and condensate relative permeability increased due to the chemical treatment. 

Final permeability was not measured in the experiment as previous results have 

shown that no damage is caused by the chemical. The surfactant retention of 

FC4430 was 2.1 mg/g. 
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Table B.2.24.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 250.0 
Pressure, (psig) 1500.0 

LSection-I, II, III, IV, (inch) 2.0 

Permeability, kg (md) 348.0 

Table B.2.24.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - III  

krg/kro 0.9  

Single phase ρ, (gm/cc) @ 4,000 psig 0.293  
σ, (dynes/cm) @ 1,500 psig 4.47  

Two phase properties Gas Phase Oil-Phase
ρ, (gm/cc) 0.071 0.554 

μ, (cp) 0.017 0.165 
Volume fraction 0.90 0.10 
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Table B.2.24.3 Initial dynamic condensate accumulation at 1,500 psig and 250oF 
at Swi=0.0 

 
 
 
 
 
 
 
 
 
 
 
 
 
 

Table B.2.24.4 FC4430 chemical treatment at 1,500 psig and 250oF. 

 Total 
qpump, (cc/hr) 1609.0 

qtotal_core, (cc/hr) 3923.192 
qg_core, (cc/hr) 3526.557 
qo_core, (cc/hr) 396.635 

ΔP,  (psi) 19.380 
krg 0.142 
kro 0.160 
Nc 5.00E-05 

Composition (weight %) 
2% FC4430, 10% Water, 88% Methanol 

PV Injected 20.0 
 Total 

qtotal_core, (cc/hr) 901.0 

ΔP, (psi) 3.76 
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  Table B.2.24.5 Dynamic condensate accumulation at 1,500 psig and 250oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total 

qpump, (cc/hr) 1609.0 

qtotal_core, (cc/hr) 3923.192 

qg_core, (cc/hr) 3526.557 

qo_core, (cc/hr) 396.635 

ΔP,  (psi) 11.120 

krg 0.248 

kro 0.279 

Nc 2.87E-05 

Improvement 1.74 
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Figure B.2.24.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates.  
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Figure B.2.24.2 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 3923 cc/hr. 
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Figure B.2.24.3 Pressure drop across the core during FC4430 chemical flood at 
250oF and 1,500 psig in Berea sandstone with Swi=0 at 901 cc/hr. 
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Figure B.2.24.4 Pressure drop across the core during dynamic condensate 
accumulation at 250oF and 1,500 psig in Berea sandstone with Swi=0 
at 3923 cc/hr after treatment. 
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B.2.25 Experiment – 25 

The experiment was carried out in a new experimental setup at 250oF and 

1,500 psig. The core used was Berea sandstone at no initial water saturation. 

Standard coreflood procedure as described in Appendix B.1 was followed. The 

core properties and experimental conditions are summarized in Table B.2.25.1. 

The synthetic gas mixture (see Appendix A.3 for mixture preparation) properties 

at experimental conditions are summarized in Table B.2.25.2.  Figure B.2.25.1 

shows the pressure drop across the core and across the sections during methane 

flood at 250oF. 

The objective of the experiment was to measure gas and condensate 

relative permeability at high capillary numbers. Experiments were performed at 

different pressures of 480, 700 and 3000 psig. Figure B.2.25.2 shows the initial 

condensate flood pressure drop across the core at different flow rates and at 

pressure of 3,000 psig. Figure B.2.25.3 shows the initial condensate flood 

pressure drop across the core at 1464 cc/hr and at a pressure of 700 psig. 

Figure B.2.25.4 shows the initial condensate flood pressure drop across the core 

at 5442 cc/hr and at pressure of 480 psig. Table B.2.25.3 summarizes the initial 

condensate flood results at 3,000 psig. Table B.2.25.4 summarizes the initial 

condensate flood results at 700 psig. Table B.2.25.5 summarizes the initial 

condensate flood results at 480 psig.  
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Table B.2.25.1 Core properties and experimental conditions. 

Core Berea Sandstone 
Length,  (inch) 8.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 20.6 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 200.0 
Pressure-1, (psig) 480.0 
Pressure-2, (psig) 700.0 
Pressure-3, (psig) 3000.0 

LSection-I, II, III, IV, (inch) 2.0 

Permeability, kg (md) 477.0 
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Table B.2.25.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - II  

Single phase ρ, (gm/cc) @ 4,000 psig 0.312  
Two phase properties @ 400 psig Gas Phase Oil-Phase

ρ, (gm/cc) 0.025 0.612 

μ, (cp) 0.014 0.235 
Volume fraction 0.977 0.023 

Interfacial tension (σ) 10.7 
krg/kro 2.5 

Two phase properties @ 700 psig Gas Phase Oil-Phase
ρ, (gm/cc) 0.036 0.594 

μ, (cp) 0.014 0.235 
Volume fraction 0.961 0.039 

Interfacial tension (σ) 8.7 
krg/kro 1.5 

Two phase properties @ 3000 psig Gas Phase Oil-Phase
ρ, (gm/cc) 0.203 0.401 

μ, (cp) 0.026 0.070 
Volume fraction 0.720 0.280 

Interfacial tension (σ) 0.5 
krg/kro 1.0 
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Table B.2.25.3 Initial dynamic condensate accumulation at 480 psig and 200oF at 
Swi=0.0 

 

Table B.2.25.4 Initial dynamic condensate accumulation at 700 psig and 200oF at 
Swi=0.0 

 Total Total Total 
qpump, (cc/hr) 224.0 675.0 1127.0 

qtotal_core, (cc/hr) 1805.946 5442.026 9086.168 
qg_core, (cc/hr) 1763.868 5315.227 8874.460 
qo_core, (cc/hr) 42.079 126.799 211.708 

ΔP,  (psi) 7.660 20.200 29.190 
krg 0.108 0.124 0.143 
kro 0.044 0.051 0.058 
Nc 1.15E-05 3.03E-05 4.38E-05 

 Total 
qpump, (cc/hr) 1464.0 

qtotal_core, (cc/hr) 7889.756 
qg_core, (cc/hr) 7584.422 
qo_core, (cc/hr) 305.334 

ΔP,  (psi) 25.680 
krg 0.143 
kro 0.096 
Nc 4.74E-05 
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Table B.2.25.5 Initial dynamic condensate accumulation at 3000 psig and 200oF 
at Swi=0.0 

 

 Total Total Total 
qpump, (cc/hr) 675.0 1238.0 1688.0 

qtotal_core, (cc/hr) 813.811 1492.590 2035.131 
qg_core, (cc/hr) 585.700 1074.217 1464.684 
qo_core, (cc/hr) 228.111 418.373 570.447 

ΔP,  (psi) 2.560 4.180 4.430 
krg 0.203 0.228 0.293 
kro 0.215 0.241 0.310 
Nc 3.35E-04 5.47E-04 5.80E-04 
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Figure B.2.25.1 Pressure drop across the core during methane flood at 250oF and 
1,500 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.25.2 Pressure drop across the core during methane flood at 200oF and 
3,000 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.25.3 Pressure drop across the core during methane flood at 200oF and 
700 psig in Berea sandstone with Swi=0 at different flow rates. 
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Figure B.2.25.4 Pressure drop across the core during methane flood at 200oF and 
480 psig in Berea sandstone with Swi=0 at different flow rates. 
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B.2.26 Experiment – 26 

The experiment was carried out in a new experimental setup at 200oF and 

1,500 psig. The core used was Sanha reservoir core (sandstone) at no initial water 

saturation. The experiment utilized co-injection method instead of flash method. 

Equilibrium oil and equilibrium gas were co-injected in the core. The objective of 

the experiment was to measure gas and condensate relative permeability at high 

ratio of krg/kro. The flash method requires large pore volumes to reach steady-state 

at high ratios and so co-injection method was used. The core properties and 

experimental conditions are summarized in Table B.2.26.1. The synthetic gas 

mixture (see Appendix A.3 for mixture preparation) properties at experimental 

conditions are summarized in Table B.2.26.2. Figure B.2.26.1 shows the pressure 

drop across the core and across the sections during methane flood at 200oF. 

The objective of the experiment was to measure gas and condensate 

relative permeability at high krg/kro ratio.  Experiments were performed at 

different flow rates of gas and oil to achieve a wide range of krg/kro. 

Figures B.2.26.2 and B.2.26.3 show the initial condensate flood pressure drop 

across the core at different flow rates of gas and oil. Table B.2.26.3 summarizes 

the condensate flood results. The gas relative permeability increases with 

increasing gas flow rate (keeping oil flow rate constant). The condensate (oil) end 

point relative permeability increases with the flow rate. High ratios of krg/kro (400) 

were achieved.  
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Table B.2.26.1 Core properties and experimental conditions. 

Core Sanha reservoir core 
Length,  (inch) 3.0 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 38.6 

Pore Volume, (cm3) 5.4 

Porosity, φ 0.1 
Initial water saturation, Swi 0.0 

Temperature, (oF) 200.0 
Pressure, (psig) 3000.0 

Permeability, kg (md) 5.4 

Table B.2.26.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - II  

σ, (dynes/cm) @ 3,000 psig 0.47  
Two phase properties Gas Phase Oil-Phase

ρ, (gm/cc) 0.203 0.401 

μ, (cp) 0.025 0.055 
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Table B.2.26.3 Initial dynamic condensate accumulation at 1,500 psig and 200oF 
at Swi=0.0 

 

qg_core, 
 (cc/hr) 

qo_core,  
(cc/hr) ΔP,  (psi) krg kro krg/kro Nc 

159.000 32.000 9.668 0.460 0.208 2.214 3.8E-05 
159.000 24.000 9.375 0.474 0.161 2.952 3.7E-05 
159.000 96.000 16.211 0.274 0.372 0.738 6.4E-05 
318.000 24.000 10.742 0.828 0.140 5.905 4.2E-05 
385.000 24.0 12.793 0.842 0.118 7.149 5.0E-05 
508.000 24.0 17.383 0.818 0.087 9.433 6.8E-05 
630.000 24.000 22.656 0.778 0.066 11.698 8.9E-05 
781.000 24.000 28.223 0.774 0.053 14.502 1.1E-04 
903.000 24.000 35.059 0.721 0.043 16.768 1.4E-04 
903.000 96.000 68.750 0.367 0.088 4.192 2.7E-04 
903.000 224.000 84.375 0.299 0.167 1.797 3.3E-04 
451.000 224.000 49.512 0.255 0.284 0.897 2.0E-04 
451.000 566.500 85.742 0.147 0.415 0.355 3.4E-04 
451.000 3.500 15.918 0.793 0.014 57.425 6.3E-05 
451.000 14.000 17.285 0.730 0.051 14.356 6.8E-05 
903.000 14.000 36.718 0.688 0.024 28.745 1.4E-04 
903.000 3.500 36.000 0.702 0.006 114.978 1.4E-04 
903.000 1.0 35.546 0.711 0.002 402.424 1.4E-04 
451.000 1.0 15.332 0.823 0.004 200.989 6.0E-05 
451.000 4.000 15.920 0.792 0.016 50.247 6.3E-05 
451.000 16.000 17.480 0.722 0.057 12.562 6.9E-05 
451.000 64.000 26.562 0.475 0.151 3.140 1.0E-04 
0.000 224.000 18.559 0.000 0.758 0.000 7.3E-05 

451.000 0.000 20.410 0.618 0.000 #DIV/0! 8.0E-05 
0.000 224.000 18.554 0.000 0.758 0.000 7.3E-05 
0.000 64.000 6.152 0.000 0.653 0.000 2.4E-05 
0.000 128.000 10.351 0.000 0.776 0.000 4.1E-05 
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Figure B.2.26.1 Pressure drop across the core during methane flood at 200oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at different flow rates. 
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Figure B.2.26.1 Pressure drop across the core during methane flood at 200oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at different flow rates. 
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Figure B.2.26.3 Pressure drop across the core during methane flood at 200oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at different flow rates. 
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B.2.27 Experiment – 27 

The experiment was carried out in a new experimental setup at 200oF and 

1,500 psig. The core used was Texas Cream limestone core at no initial water 

saturation. The procedure for performing coreflood used co-injection method 

instead of flash method. Equilibrium oil and equilibrium gas were co-injected in 

the core. The objective of the experiment was to measure gas and condensate 

relative permeability at high ratio of krg/kro in limestone. The flash method 

requires large pore volumes to reach steady-state at high ratios and so co-injection 

method was used. The core properties and experimental conditions are 

summarized in Table B.2.27.1. The synthetic gas mixture (see Appendix A.3 for 

mixture preparation) properties at experimental conditions are summarized in 

Table B.2.27.2. Figure B.2.27.1 shows the pressure drop across the core and 

across the sections during methane flood at 200oF. 

The objective of the experiment was to measure gas and condensate 

relative permeability at high krg/kro ratio.  Experiments were performed at 

different flow rates of gas and oil to achieve a wide range of krg/kro. 

Figures B.2.27.2 shows the initial condensate flood pressure drop across the core 

at different flow rates of gas and oil. Table B.2.27.3 summarizes the condensate 

flood results. The gas relative permeability increases with increasing gas flow rate 

(keeping oil flow rate constant).  
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Table B.2.27.1 Core properties and experimental conditions. 

Core Texas Cream 
limestone 

Length,  (inch) 8.0 
Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 103.0 

Pore Volume, (cm3) 0.2 

Porosity, φ 0.1 
Initial water saturation, Swi 0.0 

Temperature, (oF) 200.0 
Pressure, (psig) 3000.0 

Permeability, kg (md) 8.5 

Table B.2.27.2 Synthetic gas mixture properties. 

 

Flowing Gas  Fluid - II  

σ, (dynes/cm) @ 3,000 psig 0.47  
Two phase properties Gas Phase Oil-Phase

ρ, (gm/cc) 0.203 0.401 

μ, (cp) 0.025 0.055 
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Table B.2.27.3 Initial dynamic condensate accumulation at 1,500 psig and 200oF 
at Swi=0.0 

 

qg_core, 
 (cc/hr) 

qo_core, 
 (cc/hr) ΔP,  (psi) krg kro krg/kro Nc 

64.0 32.0 13.550 0.223 0.250 0.891 3.2E-05 
128.0 32.0 16.940 0.356 0.200 1.783 4.0E-05 
256.0 32.0 22.510 0.536 0.150 3.565 5.3E-05 
512.0 32.0 29.850 0.809 0.113 7.130 7.0E-05 
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Figure B.2.27.1 Pressure drop across the core during methane flood at 200oF and 
1,500 psig in Texas Cream limestone with Swi=0 at 901 cc/hr. 
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Figure B.2.27.2 Pressure drop across the core during dynamic condensate flood at 
200oF and 1,500 psig in Texas Cream limestone with Swi=0 at 
different flow rates 
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B.2.28 Experiment – Britannia:I 

The experiment was carried out in a new experimental setup at 275oF and 

at pressures of 1,500 and 500 psig. The core used was sandstone (Britannia 

reservoir) at no initial water saturation. Standard coreflood procedure as described 

in Appendix B.1 was followed. The core properties and experimental conditions 

are summarized in Table B.2.28.1. The synthetic gas mixture (see Appendix A.3 

for mixture preparation) properties at experimental conditions are summarized in 

Table B.2.28.2. Figure B.2.28.1 shows the pressure drop across the core during 

methane flood at 275oF. 

Figure B.2.28.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. The accumulation at flow rate of 4120 cc/hr was 

performed at pressure of 500 psig while the accumulation at 1350 and 2698 cc/hr 

was performed at 1,500 psig. Table B.2.28.3 summarizes the initial condensate 

flood results. Figure B.2.28.3 shows the pressure drop during FC4430 chemical 

treatment (2% chemical, 94% methanol, 4% water) at 501 cc/hr. Table B.2.28.4 

summarizes the FC4430 chemical treatment. Table B.2.28.5 summarizes the 

dynamic condensate accumulation after the FC4430 chemical treatment. 

Figure B.2.28.4 shows pressure drop across core during dynamic condensate 

accumulation at different flow rates after FC4430 chemical treatment. 

Accumulation at 1350 cc/hr was performed at 1,500 psig and accumulation at 

6578 cc/hr was performed at 500 psig. The gas and condensate relative 

permeability increased due to the chemical treatment. Final permeability was 

measured in the experiment by injecting methane at 275oF. Figure B.2.28.5 
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shows the pressure drop across the core during methane flood. The permeability 

was reduced to half its original value. Further, investigation revealed that the core 

still had C18 (one of the component in the mixture) present. The methane was not 

able to remove the mixture completely. In reservoir since there is a smooth 

gradation of hydrocarbons, hence co-solvency effects are significant and lighter 

ends can flush out the fluid. In this case there was not a smooth gradation of 

components (C1, C4, C10, and C18), hence presence of C18 caused the reduction in 

permeability. The surfactant retention of FC4430 was 2.1 mg/g.  
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Table B.2.28.1 Core properties and experimental conditions. 

Core Britannia Core A 
Length,  (inch) 3.8 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 48.3 

Pore Volume, (cm3) 6.3 

Porosity, φ 0.13 
Initial water saturation, Swi 0.0 

Temperature, (oF) 275.0 
Pressure, (psig) 1500.0 

Permeability, kg (md) 54.2 

Table B.2.28.2 Synthetic gas mixture properties. 

 

Temperature, (oF) 275.0  275.0  
Pressure, (psig) 1500.0  500.0  

Flowing Gas Fluid - Brit I  Fluid - Brit I  
krg/kro 2.244  5.149  

ρ, (gm/cc) 0.204  0.204  

σ, (dynes/cm) 8.108  14.762  
 Gas Phase Oil-Phase Gas Phase Oil-Phase 

ρ, (gm/cc) 0.057 0.635 0.019 0.680 

μ, (cp) 0.016 0.362 0.015 0.491 
Volume fraction 0.980 0.020 0.994 0.006 
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Table B.2.28.3 Initial dynamic condensate accumulation at 1,500 psig and 275oF 
at Swi=0.0 

Table B.2.28.4 FC4430 chemical treatment at 1,500 psig and 275oF. 

 Total Total Total 
qpump, (cc/hr) 455.0 908.0 465.0 

qtotal_core, (cc/hr) 1351.601 2697.261 4122.873 
qg_core, (cc/hr) 1324.839 2643.855 4098.548 
qo_core, (cc/hr) 26.762 53.406 24.325 

ΔP,  (psi) 40.160 108.030 39.650 
krg 0.077 0.057 0.240 
kro 0.034 0.025 0.031 
Nc 1.92E-05 5.16E-05 1.04E-05 

Composition (weight %) 
2% FC4430, 4% Water, 94% Methanol 

Pore volumes injected 17.0 
 Total 

qtotal_core, (cc/hr) 508.0 

ΔP, (psi) 20.0 
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  Table B.2.28.5 Dynamic condensate accumulation at 1,500 psig and 275oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total 

qpump, (cc/hr) 455.0 

qtotal_core, (cc/hr) 1353.503 

qg_core, (cc/hr) 1324.839 

qo_core, (cc/hr) 28.664 

ΔP,  (psi) 28.640 

krg 0.107 

kro 0.051 

Nc 1.37E-05 

Improvement 1.402 
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Figure B.2.28.1 Pressure drop across the core during methane flood at 275oF and 
1,500 psig in Britannia reservoir rock with Swi=0 at different flow 
rates  
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Figure B.2.28.2 Pressure drop across the core during dynamic condensate flood at 
275oF and 1,500/500 psig in Britannia reservoir rock with Swi=0 at 
different flow rates  
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Figure B.2.28.3 Pressure drop across the core during FC4430 chemical flood at 
275oF and 1,500 psig in Britannia reservoir rock with Swi=0 at 508 
cc/hr. 
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Figure B.2.28.4 Pressure drop across the core during dynamic condensate flood at 
275oF and 1,500/500 psig in Britannia reservoir rock with Swi=0 at 
different flow rates after treatment. 
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Figure B.2.28.5 Pressure drop across the core during methane flood at 275oF and 
1,500 psig in Britannia reservoir rock with Swi=0 at different flow 
rates after treatment. 
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B.2.29 Experiment – Britannia:II 

The experiment was carried out in a new experimental setup at 275oF and 

at pressure of 800 psig. The core used was sandstone (Britannia reservoir) at no 

initial water saturation. Standard coreflood procedure as described in Appendix 

B.1 was followed. The core properties and experimental conditions are 

summarized in Table B.2.29.1. The synthetic gas mixture (see Appendix A.3 for 

mixture preparation) properties at experimental conditions are summarized in 

Table B.2.29.2. In experiment 28 there was damage due to presence of C18, hence 

C15 was used instead as the heaviest hydrocarbon present in the mixture. Figure 

B.2.29.1 shows the pressure drop across the core during methane flood at 275oF. 

Figure B.2.29.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was achieved after injecting 400 pore 

volumes of gas mixture at 1389 cc/hr. Table B.2.29.3 summarizes the initial 

condensate flood results. Figure B.2.29.3 shows the pressure drop during FC4430 

chemical treatment (2% chemical, 88% methanol, 10% water) at 318 cc/hr. 

Table B.2.29.4 summarizes the FC4430 chemical treatment. Table B.2.29.5 

summarizes the dynamic condensate accumulation after the FC4430 chemical 

treatment. Figure B.2.29.4 shows pressure drop across core during dynamic 

condensate accumulation at different flow rates after FC4430 chemical treatment. 

The gas and condensate relative permeability increased due to the chemical 

treatment. Final permeability was measured in the experiment by injecting 

methane at 275oF. Figure B.2.29.5 shows the pressure drop across the core during 

methane flood. The permeability was measured to be same as before treatment. 
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Hence, there was no damage to the core due to chemical treatment.  The 

surfactant retention of FC4430 was 3.7 mg/g.  



469 

 

Table B.2.29.1 Core properties and experimental conditions. 

Core Reservoir Core B 
Length,  (inch) 3.7 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 47.0 

Pore Volume, (cm3) 8.4 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 275.0 
Pressure, (psig) 800.0 

Permeability, kg (md) 8.3 

Table B.2.29.2 Synthetic gas mixture properties. 

 Temperature, (oF) 275.0  
Pressure, (psig) 800.0  

Flowing Gas Fluid - Brit II  
krg/kro 3.535  

ρ, (gm/cc) 0.232  

σ, (dynes/cm) 8.048  
 Gas Phase Oil-Phase 

ρ, (gm/cc) 0.033 0.624 

μ, (cp) 0.015 0.273 
Volume fraction 0.984 0.016 
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Table B.2.29.3 Initial dynamic condensate accumulation at 800 psig and 275oF at 
Swi=0.0 

Table B.2.29.4 FC4430 chemical treatment at 800 psig and 275oF. 

 Total Total Total 
qpump, (cc/hr) 254.0 318.0 701.0 

qtotal_core, (cc/hr) 1388.609 1738.495 3832.342 
qg_core, (cc/hr) 1366.808 1711.200 3772.174 
qo_core, (cc/hr) 21.801 27.294 60.168 

ΔP,  (psi) 131.350 159.420 332.030 
krg 0.144 0.148 0.157 
kro 0.041 0.042 0.044 
Nc 9.97E-06 1.21E-05 2.52E-05 

Composition (weight %) 
2% FC4430, 10% Water, 88% Methanol 

Pore volumes injected 20.0 
 Total 

qtotal_core, (cc/hr) 318.0 

ΔP, (psi) 100.0 
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Table B.2.29.5 Dynamic condensate accumulation at 800 psig and 275oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total Total Total 

qpump, (cc/hr) 254.0 318.0 501.0 

qtotal_core, (cc/hr) 1388.609 1738.495 2738.949 

qg_core, (cc/hr) 1366.808 1711.200 2695.948 

qo_core, (cc/hr) 21.801 27.294 43.001 

ΔP,  (psi) 75.320 93.140 136.600 

krg 0.251 0.254 0.273 

kro 0.071 0.072 0.077 

Nc 5.72E-06 7.07E-06 1.04E-05 

Improvement 1.744 1.712  
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Figure B.2.29.1 Pressure drop across the core during methane flood at 275oF and 
1,500 psig in Britannia reservoir rock with Swi=0 at different flow 
rates after treatment.  
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Figure B.2.29.2 Pressure drop across the core during dynamic condensate 
accumulation at 275oF and 1,500 psig in Britannia reservoir rock 
with Swi=0 at different flow. 
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Figure B.2.29.3 Pressure drop across the core during FC4430 chemical treatment 
at 275oF and 1,500 psig in Britannia reservoir rock with Swi=0 at 318 
cc/hr. 
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Figure B.2.29.4 Pressure drop across the core during dynamic condensate 
accumulation at 275oF and 1,500 psig in Britannia reservoir rock 
with Swi=0 at different flow rates after treatment 
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Figure B.2.29.5 Pressure drop across the core during methane flood at 275oF and 
1,500 psig in Britannia reservoir rock with Swi=0 at different flow 
rates after treatment. 
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B.2.30 Experiment – Britannia:III 

The experiment was carried out in a new experimental setup at 275oF and 

at pressure of 1,500 psig. The core used was sandstone (Britannia reservoir) at no 

initial water saturation. Standard coreflood procedure as described in Appendix 

B.1 was followed. The core properties and experimental conditions are 

summarized in Table B.2.30.1. The synthetic gas mixture (see Appendix A.3 for 

mixture preparation) properties at experimental conditions are summarized in 

Table B.2.30.2. In experiment 28 there was damage due to presence of C18, hence 

C15 was used instead as the heaviest hydrocarbon present in the mixture. Figure 

B.2.30.1 shows the pressure drop across the core during methane flood at 75oF. 

Figure B.2.30.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was achieved after injecting 100 pore 

volumes of gas mixture at 317 cc/hr. Accumulation at higher flow rate of 2972 

cc/hr did not reached the steady-state. Table B.2.30.3 summarizes the initial 

condensate flood results. Figure B.2.30.3 shows the pressure drop during FC4430 

chemical treatment (2% chemical, 73% methanol, 25% water) at 32 cc/hr. The 

pressure drop increased as the treatment solution was injected and at the end of 20 

pore volumes of injection the pressure drop across the core was 8 psi. Due to high 

concentration of water the chemical precipitated and plugged the inlet of the core. 

Table B.2.30.4 summarizes the FC4430 chemical treatment. Table B.2.30.5 

summarizes the dynamic condensate accumulation after the FC4430 chemical 

treatment. Figure B.2.30.4 shows pressure drop across core during dynamic 

condensate accumulation at different flow rates after FC4430 chemical treatment. 
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The gas and condensate relative permeability did not increase due to the chemical 

treatment. Final permeability was not measured in the experiment.  The surfactant 

retention of FC4430 was not measured as there was plugging in the core.  
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Table B.2.30.1 Core properties and experimental conditions. 

Core Reservoir Core C 
Length,  (inch) 1.9 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 24.1 

Pore Volume, (cm3) 4.1 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 275.0 
Pressure, (psig) 1500.0 

Permeability, kg (md) 43.1 

Table B.2.30.2 Synthetic gas mixture properties. 

 Temperature, (oF) 275.0  
Pressure, (psig) 1,500.0  

Flowing Gas Fluid - Brit II  
krg/kro 2.409  

ρ, (gm/cc) 0.244  

σ, (dynes/cm) 5.266  
 Gas Phase Oil-Phase 

ρ, (gm/cc) 0.058 0.593 

μ, (cp) 0.016 0.220 
Volume fraction 0.970 0.030 
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Table B.2.30.3 Initial dynamic condensate accumulation at 1,500 psig and 275oF 
at Swi=0.0 

Table B.2.30.4 FC4430 chemical treatment at 1,500 psig and 275oF. 

 Total Total Total 
qpump, (cc/hr) 96.0 224.0 901.0 

qtotal_core, (cc/hr) 316.676 738.912 2972.140 
qg_core, (cc/hr) 307.176 716.744 2882.976 
qo_core, (cc/hr) 9.500 22.167 89.164 

ΔP,  (psi) 2.600 5.200 23.740 
krg 0.172 0.201 0.177 
kro 0.072 0.083 0.074 
Nc 3.04E-06 6.08E-06 2.78E-05 

Composition (weight %) 
2% FC4430, 25% Water, 73% Methanol 

Pore volumes injected 22.0 
 Total 

qtotal_core, (cc/hr) 32.0 

ΔP, (psi) 8.0 
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Table B.2.30.5 Dynamic condensate accumulation at 1,500 psig and 275oF after 
FC4430 chemical treatment. 

 

 Total Total Total 

qpump, (cc/hr) 96.0 224.0 901.0 

qtotal_core, (cc/hr) 316.676 738.912 2972.140 

qg_core, (cc/hr) 307.176 716.744 2882.976 

qo_core, (cc/hr) 9.500 22.167 89.164 

ΔP,  (psi) 3.979 6.616 22.810 

krg 0.113 0.158 0.184 

kro 0.047 0.066 0.077 

Nc 4.65E-06 7.74E-06 2.67E-05 

Improvement 0.653 0.786 1.041 
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Figure B.2.30.1 Pressure drop across the core during methane flood at 75oF and 
1,315 psig in Britannia reservoir rock with Swi=0.  
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Figure B.2.30.2 Pressure drop across the core during dynamic condensate 
accumulation at 275oF and 1,500 psig in Britannia reservoir rock 
with Swi=0.  
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Figure B.2.30.3 Pressure drop across the core during FC4430 chemical treatment 
methane flood at 275oF and 1,500 psig in Britannia reservoir rock at 
32 cc/hr with Swi=0.  
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Figure B.2.30.4 Pressure drop across the core during dynamic condensate 
accumulation methane flood at 275oF and 1,500 psig in Britannia 
reservoir rock with Swi=0.  
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B.2.31 Experiment – Britannia IV 

The experiment was carried out in a new experimental setup at 275oF and 

at pressure of 1,500 psig. The core used was sandstone (Britannia reservoir) at no 

initial water saturation. Standard coreflood procedure as described in Appendix 

B.1 was followed. The core properties and experimental conditions are 

summarized in Table B.2.31.1. The synthetic gas mixture (see Appendix A.3 for 

mixture preparation) properties at experimental conditions are summarized in 

Table B.2.31.2. Figure B.2.31.1 shows the pressure drop across the core during 

methane flood at 275oF. 

Figure B.2.31.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was achieved after injecting 800 pore 

volumes of gas mixture at 739 cc/hr. Accumulation at higher flow rate of 

1488 cc/hr required 150 pore volumes to reach steady-state. Table B.2.31.3 

summarizes the initial condensate flood results. Figure B.2.31.3 shows the 

pressure drop during FC4430 chemical treatment (2% chemical, 94% methanol, 

4% water) at 32 cc/hr. Table B.2.31.4 summarizes the FC4430 chemical 

treatment. Table B.2.31.5 summarizes the dynamic condensate accumulation after 

the FC4430 chemical treatment. Figure B.2.31.4 shows pressure drop across core 

during dynamic condensate accumulation at different flow rates after FC4430 

chemical treatment. The gas and condensate relative permeability increased due to 

the chemical treatment. Final permeability was not measured in the experiment.  

The surfactant retention of FC4430 was not measured.  
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Table B.2.31.1 Core properties and experimental conditions. 

Core Reservoir Core D 
Length,  (inch) 4.8 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 62.1 

Pore Volume, (cm3) 10.5 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 275.0 
Pressure, (psig) 1500.0 

Permeability, kg (md) 71.8 

Table B.2.31.2 Synthetic gas mixture properties. 

 Temperature, (oF) 275.0  
Pressure, (psig) 1,500.0  

Flowing Gas Fluid - Brit II  
krg/kro 2.409  

ρ, (gm/cc) 0.244  

σ, (dynes/cm) 5.266  
 Gas Phase Oil-Phase 

ρ, (gm/cc) 0.058 0.593 

μ, (cp) 0.016 0.220 
Volume fraction 0.970 0.030 
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Table B.2.31.3 Initial dynamic condensate accumulation at 1,500 psig and 275oF 
at Swi=0.0 

Table B.2.31.4 FC4430 chemical treatment at 1,500 psig and 275oF. 

 Total Total 
qpump, (cc/hr) 224.0 451.0 

qtotal_core, (cc/hr) 738.912 1487.719 
qg_core, (cc/hr) 716.744 1443.088 
qo_core, (cc/hr) 22.167 44.632 

ΔP,  (psi) 13.680 26.850 
krg 0.118 0.121 
kro 0.049 0.050 
Nc 1.04E-05 2.03E-05 

Composition (weight %) 
2% FC4430, 4% Water, 94% Methanol 

Pore volumes injected 20.0 
 Total 

qtotal_core, (cc/hr) 32.0 

ΔP, (psi) 0.25 
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Table B.2.31.5 Dynamic condensate accumulation at 1,500 psig and 275oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total 

qpump, (cc/hr) 224.0 

qtotal_core, (cc/hr) 738.912 

qg_core, (cc/hr) 716.744 

qo_core, (cc/hr) 22.167 

ΔP,  (psi) 6.558 

krg 0.246 

kro 0.102 

Nc 4.96E-06 

Improvement 2.086 
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Figure B.2.31.1 Pressure drop across the core during methane flood at 275oF and 
1,500 psig in Britannia reservoir rock with Swi=0 at different flow 
rates.  
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Figure B.2.31.2 Pressure drop across the core during dynamic condensate 
accumulation at 275oF and 1,500 psig in Britannia reservoir rock 
with Swi=0 at different flow rates. 

0.0

2.0

4.0

6.0

8.0

10.0

12.0

14.0

16.0

0 5 10 15 20

Pore Volumes Injected

Pr
es

su
re

 D
ro

p,
 p

si

  

Figure B.2.31.3 Pressure drop across the core during FC4430 chemical treatment 
at 275oF and 1,500 psig in Britannia reservoir rock with Swi=0 at 32 
cc/hr.  
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Figure B.2.31.4 Pressure drop across the core during dynamic condensate 
accumulation at 275oF and 1,500 psig in Britannia reservoir rock 
with Swi=0 at 739 cc/hr. 
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B.2.32 Experiment – Sanha 

The experiment was carried out in a new experimental setup at 260oF and 

at pressure of 1,500 psig. The core used was sandstone (Sanha reservoir) at no 

initial water saturation. Standard coreflood procedure as described in Appendix 

B.1 was followed. The core properties and experimental conditions are 

summarized in Table B.2.32.1. The synthetic gas mixture (see Appendix A.3 for 

mixture preparation) properties at experimental conditions are summarized in 

Table B.2.32.2. Figure B.2.32.1 shows the pressure drop across the core during 

methane flood at 260oF. 

Figure B.2.32.2 shows the initial condensate flood pressure drop across 

the core at different flow rates. Steady-state was achieved after injecting 800 pore 

volumes of gas mixture at 1343 cc/hr. Table B.2.32.3 summarizes the initial 

condensate flood results. Figure B.2.32.3 shows the pressure drop during FC4430 

chemical treatment (2% chemical, 94% methanol, 4% water) at 32 cc/hr. 

Table B.2.32.4 summarizes the FC4430 chemical treatment. Table B.2.32.5 

summarizes the dynamic condensate accumulation after the FC4430 chemical 

treatment. Figure B.2.32.4 shows pressure drop across core during dynamic 

condensate accumulation at different flow rates after FC4430 chemical treatment. 

The gas and condensate relative permeability increased due to the chemical 

treatment. Final permeability was measured in the experiment. Figure B.2.32.5 

shows pressure drop across the core during methane flood after the treatment and 

post injection of gas mixture. There was no damage to the core as permeability 
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measured was same before and after the treatment.  The surfactant retention of 

FC4430 was 4.9 mg/g.  
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Table B.2.32.1 Core properties and experimental conditions. 

Core Reservoir Core E 
Length,  (inch) 2.8 

Diameter, (inch) 1.0 

Area, (cm2) 5.1 

Bulk volume, (cm3) 35.4 

Pore Volume, (cm3) 5.8 

Porosity, φ 0.2 
Initial water saturation, Swi 0.0 

Temperature, (oF) 260.0 
Pressure, (psig) 1200.0 

Permeability, kg (md) 7.5 

Table B.2.32.2 Synthetic gas mixture properties. 

 Temperature, (oF) 260.0  
Pressure, (psig) 1200.0  

Flowing Gas Fluid - Sanha  
krg/kro 0.990  

ρ, (gm/cc) 0.261  

σ, (dynes/cm) 6.702  
 Gas Phase Oil-Phase 

ρ, (gm/cc) 0.048 0.622 

μ, (cp) 0.016 0.324 
Volume fraction 0.953 0.047 
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Table B.2.32.3 Initial dynamic condensate accumulation at 1,500 psig and 275oF 
at Swi=0.0 

Table B.2.32.4 FC4430 chemical treatment at 1,500 psig and 275oF. 

 Total Total 
qpump, (cc/hr) 385.0 901.0 

qtotal_core, (cc/hr) 1334.329 3122.677 
qg_core, (cc/hr) 1271.616 2975.911 
qo_core, (cc/hr) 62.713 146.766 

ΔP,  (psi) 186.770 335.530 
krg 0.081 0.105 
kro 0.082 0.106 
Nc 2.03E-05 3.65E-05 

Composition (weight %) 
2% FC4430, 4% Water, 94% Methanol 

Pore volumes injected 20.0 
 Total 

qtotal_core, (cc/hr) 254.0 

ΔP, (psi) 47.3 
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Table B.2.32.5 Dynamic condensate accumulation at 1,200 psig and 260oF after 
FC4430 chemical treatment. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 Total 

qpump, (cc/hr) 224.0 

qtotal_core, (cc/hr) 738.912 

qg_core, (cc/hr) 716.744 

qo_core, (cc/hr) 22.167 

ΔP,  (psi) 6.558 

krg 0.246 

kro 0.102 

Nc 4.96E-06 

Improvement 2.086 
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Figure B.2.32.1 Pressure drop across the core during methane flood at 260oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at different flow rates. 
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Figure B.2.32.2 Pressure drop across the core during dynamic condensate 
accumulation at 260oF and 1,500 psig in Sanha reservoir rock with 
Swi=0 at different flow rates. 
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Figure B.2.32.3 Pressure drop across the core during methane flood at 260oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at 254 cc/hr. 
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Figure B.2.32.4 Pressure drop across the core during dynamic condensate 
accumulation at 260oF and 1,500 psig in Sanha reservoir rock with 
Swi=0 at different flow rates after treatment. 
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Figure B.2.32.5 Pressure drop across the core during methane flood at 260oF and 
1,500 psig in Sanha reservoir rock with Swi=0 at different flow rates 
after treatment. 
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B.2.33 Experiment – Viscosity Measurements 

Condensate (oil) viscosities were measured for different synthetic gas 

mixture fluids used in the coreflood experiments. A capillary viscometer was used 

to measure the condensate viscosities at experimental conditions. The viscometer 

was calibrated by flowing methane and calculating the viscometer constant as 

explained in Chapter 3. Figure B.2.33.1 shows the pressure drop in viscometer 

during methane flood at different flow rates. Figure B.2.33.2 shows the pressure 

drop across viscometer for during equilibrium oil flood for Fluid-II at 200oF. 

Figure B.2.33.3 shows the pressure drop across viscometer for during equilibrium 

oil flood for Fluid-III at 250oF. The viscosity measured was 0.16 cP and the 

calculated value from PR-EOS was 0.17 cp. Figure B.2.33.4 shows the pressure 

drop across viscometer for during equilibrium oil flood for Fluid-Brit I at 275oF. 

The viscosity measure was 0.216 cP and the calculated was 0.27 cP.  
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Table B.2.33 Summary of experimental results for experiment –33 

 

Calibration of 
capillary viscometer   Viscosity 

measurement   

Temperature, 
 (oF) 75.0  Temperature,

(oF) 250.00  

Pressure, 
 (psig) 1100.0  Pressure, 

(psig) 1500.0  

Flowing Gas Methane  Flowing 
Fluid 

Fluid-III, 
 Oil  

μ, (cp, simulated) 0.013     
      

q_pump, (cc/hr) ΔP,  (psi) capillary 
constant q_pump, (cc/hr) ΔP,  (psi) μ, (cP)

903.000 0.962 12.203 903 11.82 0.163 
781.000 0.813 12.488 630 4.60 0.091 
630.000 0.647 12.658 781 5.50 0.088 

   451 3.00 0.083 
 Average 12.450    
    μ, (cP) 0.106 

Viscosity 
measurement      

Temperature, (oF) 275.000     
Pressure, (psig) 1500.0     

Flowing Fluid Fluid-Brit 
II, Oil     

      
      

q_pump, (cc/hr) ΔP,  (psi) μ, (cP)    
508 8.40 0.206    
630 10.90 0.215    
781 13.69 0.218    
903 16.16 0.223    

      
 μ, (cP) 0.216    
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Figure B.2.33.1 Pressure drop across the capillary viscometer during methane 
flood at 75oF and 1,100 psig at different flow rates. 
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Figure B.2.33.2 Pressure drop across the capillary viscometer during equilibrium 
oil flood at 200oF and 3,000 psig at 224 cc/hr. 
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Figure B.2.33.3 Pressure drop across the capillary viscometer during equilibrium 
oil flood at 250oF and 1,500 psig at different flow rates. 
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Figure B.2.33.4 Pressure drop across the capillary viscometer during equilibrium 
oil flood at 275oF and 1,500 psig at different flow rates. 
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Appendix C: Sample Input File  

This section gives a sample input file used in simulating chemical 

treatment in GEM compositional simulator. The case described by the file is that 

for treatment radius of 20 feet in a four-layered reservoir. The treatment zone in 

each layer is proportional to the “kh” of that layer. The file is a restart file and 

requires the base case file. 
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RESULTS SIMULATOR GEM 
RESULTS SECTION INOUT 
*DIM *MAXPERCENT_OF_FULLYIMPLICITBLOCKS 100 
*TITLE1 'Single Well Modeling' 
*INUNIT *SI 
 
*INTERRUPT *INTERACTIVE 
*RANGECHECK *ON 
*XDR *ON 
*MAXERROR 20 
*WRST *TIME 
*WPRN *WELL *TIME 
*WPRN *GRID *TIME 
*WSRF *WELL 1 
*WSRF *GRID *TIME 
 
*RESTART 2267 
 
*OUTPRN *WELL *ALL 
*OUTPRN *WELL *PSPLIT 
*OUTPRN *GRID DENG KRG SG VISG DENO KRO SO VISO PRES KRW SW SIG RHOG 
FRG RHOO CAPN VELOCRC Z 'C1' X 'C1' Y 'C1' Z 'C2-C3' X 'C2-C3' Y 'C2-C3' Z 'C4-C5' X 
'C4-C5' Y 'C4-C5' 
                                                 Z 'C7-C10' X 
'C7-C10' Y 'C7-C10' 
                                                 Z 'C11-C16' X 
'C11-C16' Y 'C11-C16' 
                                          Z 'C17-C74' 
X 'C17-C74' Y 'C17-C74' 
 
*OUTPRN *RES *ALL 
*OUTSRF *GRID DENG KRG SG VISG DENO KRO SO VISO PRES KRW SW SIG RHOG 
FRG RHOO CAPN VELOCRC Z 'C1' X 'C1' Y 'C1' Z 'C2-C3' X 'C2-C3' Y 'C2-C3' 
                     Z 
'C4-C5' X 'C4-C5' Y 'C4-C5' 
                     Z 
'C7-C10' X 'C7-C10' Y 'C7-C10' 
                     Z 
'C11-C16' X 'C11-C16' Y 'C11-C16' 
                     Z 
'C17-C74' X 'C17-C74' Y 'C17-C74' 
 
*DIM *MDJCS 300 
**DIM *MDV 5000 
**DIM *MDLU 1000 
 
 
*OUTSRF *WELL PAVG 
RESULTS XOFFSET 0. 
RESULTS YOFFSET 0. 
RESULTS ROTATION 0 
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**------------------------------Reservoir Data------------------ 
GRID RADIAL 205 1 4 *RW 0.05  
KDIR DOWN 
 
DI IVAR 40*0.03 15*0.3 15*0.61 20*1.5 15*3.05 50*6.1 50*13.41  ** Radial Blocks are in 
meteres 
DJ *CON 360 
DK KVAR 18.29 10.67 0.61 1.52      
 
DTOP 205*5742                            ** Depth of top zone is 12480 ft 
 
 
RESULTS SECTION GRID 
RESULTS SECTION NETPAY 
RESULTS SECTION NETGROSS 
 
** NETPAY 1.00  
RESULTS SECTION POR 
RESULTS SECTION PERMS 
 
**--------------------------------Porosity-------------------------------------------- 
POR KVAR 
0.15 0.15 0.15 0.15  
**------------------------------------------------------------------------------------ 
 
**$ RESULTS PROP PERMI Units: md 
**$ RESULTS PROP Minimum Value: 0 Maximum Value: 15.972 
 
**-------------------------------Permeability---------------------------------------- 
PERMI KVAR 0.3 7.0 7.0 0.3 
PERMJ EQUALSI 
PERMK KVAR 0 0 0 0 ** Kv/Kh=0.2 
 
RESULTS SECTION TRANS 
RESULTS SECTION FRACS 
RESULTS SECTION GRIDNONARRAYS 
 
CPOR MATRIX 7.E-07 
PRPOR MATRIX 34693. 
DCPOR MATRIX 0 
 
RESULTS SECTION VOLMOD 
RESULTS SECTION SECTORLEASE 
RESULTS SECTION ROCKCOMPACTION 
RESULTS SECTION GRIDOTHER 
RESULTS SECTION MODEL 
 
*MODEL *PR 
 
*NC 8 8 
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*COMPNAME 'N2' 'CO2' 'C1' 'C2-C3' 'C4-C5' 'C7-C10' 'C11-C16' 'C17-C74' 
 
*HCFLAG 0 0 0 0 0 0 0 0 
 
*TRES 135. 
 
*PCRIT 33.49115646 72.78027211 45.3877551 45.82176871 33.95578231 25.47414966 
18.95306122 14.6414966 
 
*TCRIT 125.8666667 303.8666667 190.2666667 329.2494444 455.1961111 564.7922222 
661.4972222 817.7833333 
 
*AC 0.04 0.225 0.008 0.1183 0.2307 0.3948 0.5936 0.9102 
 
*VCRIT 0.0898 0.094 0.099 0.169 0.3 0.56 0.772 1.41 
 
*VSHIFT -0.1758737 -0.041727285 -0.19400438 -0.129603726 -0.056057817 0.034675637 
0.052170813 0.008636002 
 
*MW 28.014 44.01 16.043 34.149 67.621 111.637 175.763 305.439 
 
*NONDARCY 1 
 
*BIN 
-0.017 
 0.0311   0.12 
 0.0613   0.12 0 
 0.1024   0.12 0 0 
 0.0800   0.10 0 0 0 
 0.0800   0.10 0 0 0 0 
 0.0800   0.10 0 0 0 0 0 
 
*MIXINGRULE 1 
*PHASEID *DEN 
*RHOW 55536.02 
*CW 4.8E-07 
*REFPW 101.3 
*VISW 0.7 
*PSAT 34210 ** kPA  
 
RESULTS SECTION MODELARRAYS 
RESULTS SECTION ROCKFLUID 
 
*ROCKFLUID 
RPT 1 
 
*SWT 
 
0.3 0 0.3 
0.325 0.031 0.205 
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0.35 0.062 0.167 
0.375 0.093 0.134 
0.4 0.125 0.105 
0.425 0.156 0.081 
0.45 0.45 0.0 
 
*SGT 
0.200 0.000 0.300 
0.205 0.000 0.288 
0.210 0.000 0.276 
0.215 0.000 0.265 
0.220 0.000 0.254 
0.225 0.000 0.243 
0.230 0.001 0.232 
0.235 0.001 0.222 
0.240 0.001 0.212 
0.245 0.002 0.202 
0.250 0.003 0.192 
0.255 0.004 0.183 
0.260 0.005 0.173 
0.265 0.006 0.164 
0.270 0.008 0.156 
0.280 0.011 0.139 
0.285 0.014 0.131 
0.290 0.016 0.123 
0.295 0.019 0.115 
0.300 0.022 0.108 
0.305 0.026 0.101 
0.310 0.030 0.094 
0.315 0.034 0.087 
0.320 0.039 0.081 
0.325 0.044 0.075 
0.330 0.049 0.069 
0.335 0.055 0.063 
0.340 0.061 0.058 
0.345 0.068 0.053 
0.350 0.076 0.048 
0.355 0.083 0.043 
0.360 0.092 0.039 
0.365 0.101 0.035 
0.370 0.110 0.031 
0.375 0.120 0.027 
0.380 0.131 0.024 
0.385 0.142 0.020 
0.390 0.154 0.017 
0.395 0.166 0.015 
0.400 0.179 0.012 
0.405 0.193 0.010 
0.410 0.207 0.008 
0.415 0.223 0.006 
0.420 0.239 0.004 
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0.425 0.255 0.003 
0.430 0.273 0.002 
0.435 0.291 0.001 
0.440 0.310 0.000 
0.445 0.329 0.000 
0.450 0.350 0.000 
 
**CROCK 7e-07 0 40537 
**KRGAS *KRG 
**KROIL *STONE1 *SWSG 
 
**-------------------------------Trapping model-------------------------------- 
*VELDEPRP *MODEL1 
*GAS        3000000       0.0   2.0 0. 1. 3.6 
*CONDENSATE 10000000      0.0   2.0 0. 1. 2.0 
*WATER      250           0.0   1.0 0. 1. 1.0 
**----------------------------------------------------------------------------- 
 
*RPT 2 
 
*SGT 
0.200 0.000 0.500 
0.210 0.000 0.482 
0.220 0.000 0.464 
0.230 0.001 0.447 
0.240 0.002 0.430 
0.250 0.003 0.413 
0.260 0.004 0.397 
0.270 0.006 0.381 
0.280 0.008 0.365 
0.290 0.011 0.350 
0.300 0.014 0.335 
0.310 0.017 0.320 
0.320 0.021 0.306 
0.330 0.025 0.292 
0.340 0.030 0.278 
0.350 0.035 0.264 
0.360 0.041 0.251 
0.370 0.047 0.239 
0.380 0.054 0.226 
0.390 0.061 0.214 
0.400 0.068 0.202 
0.410 0.076 0.191 
0.420 0.085 0.180 
0.430 0.094 0.169 
0.440 0.104 0.159 
0.450 0.114 0.149 
0.460 0.125 0.139 
0.470 0.136 0.130 
0.480 0.148 0.120 
0.490 0.161 0.112 
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0.500 0.174 0.103 
0.510 0.187 0.095 
0.520 0.201 0.087 
0.530 0.216 0.080 
0.540 0.232 0.073 
0.550 0.248 0.066 
0.560 0.264 0.060 
0.570 0.281 0.054 
0.580 0.299 0.048 
0.590 0.317 0.042 
0.600 0.337 0.037 
0.610 0.356 0.032 
0.620 0.376 0.028 
0.630 0.397 0.024 
0.640 0.419 0.020 
0.650 0.441 0.017 
0.660 0.464 0.013 
0.670 0.488 0.011 
0.680 0.512 0.008 
0.690 0.537 0.006 
0.700 0.562 0.004 
0.710 0.588 0.003 
0.720 0.615 0.001 
0.730 0.643 0.001 
0.740 0.671 0.000 
0.750 0.700 0.000 
 
*SWT 
0.150 0.000 0.500 
0.325 0.031 0.219 
0.350 0.062 0.191 
0.375 0.093 0.165 
0.400 0.125 0.140 
0.425 0.156 0.118 
0.450 0.187 0.097 
0.475 0.218 0.079 
0.500 0.250 0.062 
0.525 0.281 0.047 
0.550 0.312 0.035 
0.575 0.343 0.024 
0.600 0.375 0.015 
0.625 0.406 0.008 
0.650 0.437 0.003 
0.675 0.468 0.000 
0.700 0.700 0.000 
 
**CROCK 7e-07 0 40537 
**KRGAS *KRG 
**KROIL *STONE1 *SWSG 
 
**-------------------------------Trapping model-------------------------------- 
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*VELDEPRP *MODEL1 
*GAS        3000000. 0. 2.0 0. 1. 2.3 
*CONDENSATE 10000000 0. 2.0 0. 1. 2.0 
*WATER      250      0. 1.0 0. 1. 1.0 
**----------------------------------------------------------------------------- 
 
*RTYPE  *IJK 
         1:205   1  1:4 1 
         1:42    1  1   2     
         1:75    1  2   2   
         1:40    1  3   2 
         1:5     1  4   2 
 
RESULTS SECTION ROCKARRAYS 
RESULTS SECTION INIT 
*INITIAL 
*USER_INPUT 
*NREGIONS 1 
RESULTS SECTION INITARRAYS 
SW   *IJK 
      1:205   1  1:4 0.20       ** Residual saturation of water = 0.20 
      1:42    1  1   1E-08      ** No residual saturation in treated zone 
      1:75    1  2   1E-08      ** No residual saturation in treated zone 
      1:40    1  3   1E-08      ** No residual saturation in treated zone 
      1:5     1  4   1E-08      ** No residual saturation in treated zone 
 
PRES CON 34693  ** 4200 psi 
 
ZGLOBALC 'CO2'     CON 0.01636 
ZGLOBALC 'N2'      CON 0.00652 
ZGLOBALC 'C1'      CON 0.81744 
ZGLOBALC 'C2-C3'   CON 0.09593 
ZGLOBALC 'C4-C5'   CON 0.0289 
ZGLOBALC 'C7-C10'  CON 0.01796 
ZGLOBALC 'C11-C16' CON 0.01119 
ZGLOBALC 'C17-C74' CON 0.0057 
 
RESULTS SECTION INITARRAYS 
RESULTS SPEC 'Water Saturation' 
RESULTS SPEC SPECNOTCALCVAL 0 
RESULTS SPEC REGION 'All Layers (Whole Grid)' 
RESULTS SPEC REGIONTYPE 0 
RESULTS SPEC LAYERNUMB 0 
RESULTS SPEC PORTYPE 1 
RESULTS SPEC CON 0.2 
RESULTS SPEC STOP 
RESULTS SECTION NUMERICAL 
 
*NUMERICAL 
*MAXSTEPS 500000 
*DTMAX 0.1 
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*DTMIN 1.E-10 
**PIVOT *ON 
*ITERMAX 20 
**CONVERGE *PRESS 50.104884 
 
RESULTS SECTION NUMARRAYS 
RESULTS SECTION GBKEYWORDS 
RUN 
 
DATE 2005 04 29 
WELL 1 'WELL1' 
PRODUCER 'WELL1' 
 
**--------------------------------------------Based on Wellhead Pressure------------------------------ 
**PWELLBORE *MODEL 
 
    ** wdepth  wlen   rough   whtemp  bhtemp  wrad 
 
**        6064.  6064.  0.0001   30.0   133     0.05 
 
**OPERATE *MIN *WHP 1700. ** 246.5 psig 
**--------------------------------------------------------------------------------------------------- 
 
**BHPHEADINIT 'WELL1' *COMBINED 
 
 
**--------------------------------------------Based on Bottom Hole Pressure-------------------------- 
 
*OPERATE MIN BHP 4081 CONT ** operating at 600 psi, drawdown is 4500 psi 
 
**--------------------------------------------------------------------------------------------------- 
 
GEOMETRY K 0.05 0.37 1. 0. 
 
PERF GEOA 'WELL1' 
          1 1 1:4 1 OPEN 
 
         
OPEN 'WELL1' 
 
TIME 5 
TIME 10 
TIME 20 
TIME 30 
TIME 50 
TIME 75 
TIME 100 
TIME 200 
*DTMAX 1 
TIME 365    ** 1 Year 
TIME 500     
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TIME 547    ** 1.5 Years 
TIME 730    ** 2.0 Years 
TIME 912    ** 2.5 Years  
TIME 1095   ** 3.0 Years 
TIME 1277   ** 3.5 Years 
TIME 1460   ** 4.0 Years 
TIME 1642   ** 4.5 Years 
STOP 
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