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Abstract 

 

Surfactant Characterization to Improve  

Water Recovery in Shale Gas Reservoirs 

 

Uyen T. Huynh, M.S.E. 

The University of Texas at Austin, 2013 

 

Supervisor:  Quoc P. Nguyen, David A. DiCarlo 

  

After a fracturing job in a shale reservoir, only a fraction of injected water is 

recovered. Water is trapped inside the reservoir and reduces the relative permeability of 

gas. By reducing the interfacial tension between water and hydrocarbon, more water can 

be recovered thus increasing overall gas production. By adding surfactants into the 

fracturing fluid, the IFT can be reduced and will help mobilize trapped water. 

From previous research, two types of surfactant have been identified to be CO2 

soluble. These are the ethoxylated tallow amine and ethoxylated coco amine with varying 

ethoxylate length. Experiments were performed to test the solubility of these surfactants 

in water, observe how they change the interaction between HC and water, and measure 

the IFT reduction between HC and water. Surfactants with more than 10 EO groups were 

soluble at all salinities, temperature and pH. They also form a non-typical water-in-oil 

emulsion at all salinities. The surfactants, Ethomeen T/25, T/30, C/15, and C/25 were 

used in the IFT measurements. They showed interesting trends that exhibit their 
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hydrophilic/hydrophobic nature. These surfactants reduce the IFT between pentane and 

water to approximately 5 mN/m. The results show that these surfactants do reduce the 

IFT between water and hydrocarbon, but not as well as conventional EOR surfactants. 

They do have other added benefits such as being CO2 soluble, form water in oil 

emulsions, and tolerant to high temperature and salinity. 
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CHAPTER 1: INTRODUCTION 

1.1 OVERVIEW 

In their Annual Energy Outlook, the US Energy Information Administration 

(EIA) projected the consumption of natural gas would increase 15% by 2035. A large 

part of this increase is due to the growing demand of electricity. They predicted that 

between 2025 and 2035, the demand for natural gas will increase dramatically in the 

domestic and industrial sectors. In order to meet this demand, domestic natural gas 

production must grow from 21 Tcf to 26.3 Tcf in 2035 (EIA 2011). The only source of 

energy that is able to meet this demand is shale gas. 

In 2009, shale gas represented 16% of domestic gas production and is predicted to 

be as high as 47% of domestic gas production in 2035 (EIA 2011). Natural gas from 

conventional and tight gas will decrease as shale gas increases over the coming years. 

The economic success in the Barnett during high natural gas price resulted in an average 

annual growth rate of 48% for shale gas production from the year 2006 to 2010 (EIA 

2011). Developments in drilling and stimulation technologies are key to the successful 

exploration of shale gas reservoirs. 

Until recently, shale gas was considered unproducible because of its ultralow 

permeability (nanodarcys). Recent advances in technology such as horizontal wells and 

hydraulic fracturing have made shale gas production more economical. By creating 

artificial fractures and connecting natural fractures, gas flow rate increased substantially 

and improved production. A drawback of hydraulic fracturing is the water stays trapped 
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in the formation and decreases relative permeability of the gas. A large amount of 

pressure and water are used to create the fracture. After the pressure is release, the water 

flows back but some stay trapped in the pores because of the high capillary pressure 

caused by the small pores. Less than 30% of the water is recovered because the water is 

retained either in the nearby matrix or in the fracture itself (Figure 1.1). This creates a 

major obstacle in shale gas production, but understanding the causes of water trapping 

helps create a solution. 

 

 

Figure 1.1 – Water blocking due to high capillary force. 
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The treating fluid, water, is trapped inside the fracture and the surrounding area 

causing a decrease in relative permeability and effective flow area and consequently 

diminishing well productivity. The pressure required to mobilize the water is based on a 

balance of forces between the surface tension of the liquid and gas, interfacial tension 

(IFT) of the liquid, gas, and solid, and the throat radius. This equation is based off of the 

Young-Laplace equation: 

 

where  is the surface tension between the two fluids,  is the contact angle at the 

rock/gas/liquid contact line, and r is the pore throat radius. Lowering the interfacial 

tension between the two fluids or increasing the contact angle between the shale and 

fluids will decrease the amount of pressure needed to overcome the capillary end effect. 

Surfactants can achieve both of these goals and have been used to help with water 

recovery in shale reservoirs (Penny 2007, Paktinat 2005). 

 Both lab studies and field tests have showed the addition of surfactants has greatly 

improved water flow back and increased productivity after a well is stimulated by 

fracturing. But there is not much research done on fracturing with alternative fluids like 

CO2 in these tight shale formations to see how surfactant can cause an increase in gas 

recovery by increasing water flow back. 

 



Pc 
2cos

r
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1.2 RESEARCH OBJECTIVE 

The motivation behind this research is to enhance gas recovery in shale by 

maximizing flow back of the fracturing fluid. This is done by developing a surfactant that 

can be applied to either a water based or CO2 foam fracturing fluid. This additive will 

lower the IFT between brine and the gas in place to decrease the capillary forces binding 

the water to the shale. This trapped water is considered formation damage and inhibits 

gas recovery. Lowering the IFT will help mobilize the trapped water and increase gas 

recovery. CO2 foam fracturing may be beneficial to shales that are notoriously known for 

retaining huge amounts of water (Gupta 2009). 

This thesis aims to understand more about surfactant behaviors in conditions 

similar to that of shale reservoirs. By studying how surfactants can reduce IFT with light 

liquid hydrocarbon, an extrapolation can be made to gaseous hydrocarbons. Surfactant 

concentration, salinity, pressure, and alkane numbers versus interfacial tension are 

measured to see which surfactant would reduce IFT the most. The results can be extended 

to the gaseous hydrocarbon such as those found in shale reservoirs. 

1.3 CHAPTERS ORGANIZATION  

Chapter 2: Literature Review 

 Basic introduction to shale mineralogy, petrophysics, and concept such as 

total organic content, kerogen, and gas adsorption. 
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 An overview of the two proposed fracturing methods: water-based fracturing 

and CO2-foam fracturing. 

 Explanation of properties and uses of surfactants to understand how 

surfactants can affect the interaction between water and light liquid 

hydrocarbon. 

 In depth review on current literatures that is related to improving water flow 

back in shale with surfactants to determine drawbacks and successes. 

Chapter 3: Materials and Experimental Procedures 

 List of equipment used to perform experiments 

 Description of how aqueous stability, phase behavior, and IFT measurements 

were performed.  

Chapter 4: Results and Discussion 

 Explanation of the importance of each experiment and the results. 

 Discussion of the results and how this helps characterize the surfactants. 

Chapter 5: Conclusion 

 Tie in results and whether this improves water flow recovery in shale gas 

reservoirs. 

 Provide recommendations on future testing of these surfactants. 
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CHAPTER 2: LITERATURE REVIEW 

2.1 SHALE GAS 

2.1.1 OVERVIEW 

Over the past decade, interests in shale gas have exploded worldwide. This surge 

in exploration is due to advancement in technology and the sheer volume of shale gas 

available. In 2013, the EIA has estimated that the US has more than 665 trillion cubic feet 

of technically recoverable shale gas. The most active shales to date are the Barnett Shale, 

the Haynesville/Bossier Shale, the Antrim Shale, the Fayetteville Shale, the Marcellus 

Shale, and the New Albany Shale (Figure 2.1). Each of these shale gas basins is different 

and each has a unique set of exploration criteria and operational challenges. Because of 

these differences, the development of shale gas resources in each of these areas faces 

potentially unique opportunities and challenges. Hydraulic fracturing and horizontal 

drilling have made shale gas production economically viable.  
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Figure 2.1 – Map of US Shale Gas Plays (EIA) 

Gas shale are organic-rich shale formations that were previously regarded only as 

source rocks and seals for gas accumulating in the associated sandstone and carbonate 

reservoirs of traditional onshore gas development. In sedimentary terms, shales are fine 

grained clastic rocks made from clay and silts. Fine grain particles fall out of suspension 

in quite waters and are deposited as mud in low-energy depositional environment to 

become shale. During the deposition, organic matters such as algae or marine animals are 

also deposited to form the hydrocarbon source. The laminar and fissile structure of shale 

is due to this horizontal deposition compacted over millions of years. The very fine sheet-

like clay mineral grains and laminated layers of sediment result in a rock that has limited 

horizontal permeability and extremely limited vertical permeability. Typical unfractured 

shales have matrix permeability on the order of nanodarcys. 
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2.1.2 MINERALOGY 

Shale is comprised of many different types of minerals and organic compounds. 

Although the lithology of shale is different from play to play, the common minerals in 

them are quartz, calcite, and clay (illite and smectite). Table 2-1 gives a rough estimate of 

the mineralogy in the major shale basins.  

The mineralogy of shale is important in understanding its fracture capabilities. 

Shale with high calcite and quartz are more brittle and can positively impact the outcome 

of hydraulic fractures (Rickman 2008).  

Understanding the minerals in the reservoir helps identify the ideal surfactant. 

Surfactants have charges on them that will adsorb to the rock interface and lead to a loss 

of surfactant or change the wettability of the rock. Quartz and clay carries a net negative 

charge while calcite and kerogen have a net positive surface charge (Glorioso 2012).  

Table 2-1 Mineral composition in different formations. 

 Barnett Marcellus Eagle Ford Utica 

Quartz 35 – 50% 10 – 60% 15 – 20% 25% 

Calcite 0 – 30% 10 – 35% 50 – 60% 26% 

Clay 10 – 50 % 10 – 35% 10 – 20% 31% 

2.1.3 TEMPERATURE AND PRESSURE 

The temperature and pressure of the reservoir greatly affect the maturity level of 

the kerogen and thus the type of hydrocarbon generated. Table 2-2 summarizes the 

geological, geochemical, and reservoir parameters for five shale-gas systems. Higher 

pressure can increase the amount of free gas stored in the pores and fracture and gas 
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adsorbed on the organic material. This may delay the recovery of adsorbed gas but it 

greatly increases the amount of produced gas and early economic value (Myer 2008).  

Table 2-2 Geological, geochemical, and reservoir parameters for five shale-gas systems 

(Curtis 2002) 

 
Antrim Ohio 

New 
Albany 

Barnett Lewis 

Depth (ft) 600–2400 2000–5000 600–4900 6500–8500 3000–6000 

Gross thickness (ft) 160 300–1000 100–400 200–300 500–1900 

Net thickness (ft) 70–120 30–100 50–100 50–200 200–300 

Bottom-hole 
temperature (F) 

75 100 80–105 200 130–170 

TOC (%) 0.3–24 0–4.7 1–2.5 4.5 0.45–2.5 

Vitrinite reflectance  
(% Ro) 

0.4–0.6 0.4–1.3 0.4–1.0 1.0–1.3 1.6–1.88 

Total porosity (%) 9 4.7 10–14 4–5 3–5.5 

Gas filled porosity (%) 4 2 5 2.5 1–3.5 

Water-filled porosity 
(%) 

4 2.5–3.0 4–8 1.9 1–2 

Permeability thickness  
(Kh (md-ft)) 

1–5000 0.15–50 NA 0.01–2 6–400 

Gas content (scf/ton) 40–100 60–100 40–80 300–350 15–45 

Adsorbed gas (%) 70 50 40–60 20 60–85 

Reservoir pressure 
(psi) 

400 500–2000 300–600 3000–4000 1000–1500 

Pressure gradient 
(psi/ft) 

0.35 0.15–0.40 0.43 0.43–0.44 0.20–0.25 

Well costs ($1000) 180–250 200–300 125–150 450–600 250–300 

Completion costs 
($1000) 

25–50 25–50 25 100–150 100–300 

Water production 
(b/day) 

5–500 0 5–500 0 0 

Gas production 

(mcf/day) 
40–500 30–500 10–50 100–1000 100–200 

Recovery factor (%) 20–60 10–20 10–20 8–15 5–15 

Gas in place 

(bcf/section) 
6–15 5–10 7–10 30–40 8–50 

Reserves (mmcf/well) 200–1200 150–600 150–600 500–1500 600–2000 

 

The temperature in the reservoir is determined by the maturity of the well and 

affects the phase of the fluid. Aside from that, it can greatly impact the way surfactants 
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behave. At higher temperature, the IFT between hydrocarbon and water is lower than at 

standard temperature. On the other hand, some surfactants will decompose at higher 

temperature and may not be as effective. When selecting a surfactant, temperature 

tolerance is an important criterion. 

2.1.4 NATURAL FRACTURES 

Since matrix permeability is close to zero, the presence of natural fractures 

significantly increases the flow of gas in the reservoir and is key to production. 

Connecting the induce fracture to the natural fractures creates a larger contact area and 

more paths for the hydrocarbon to flow. Over time, these fractures could be closed with 

calcite or other minerals and need to be reopen with the induced fracture.  

2.1.5 TOTAL ORGANIC CARBON 

Kerogen is the organic compound found in shale and is the source of the 

hydrocarbon. Depending of the type of kerogen and maturity, the type of hydrocarbon 

generated can be predicted. 

Type I – Rich algal and amorphous organic matter. Liquid hydrocarbon tends to 

be generated. 

Type II – Rich in algae and herbaceous matter. Gas and oil are generated. 

Type III – Rich in wood and humic matter. Gas is the dominant fluid generated. 

Type IV – Made up of decomposed organic matter. Not capable of generating 

hydrocarbons. 
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  In order to estimate the gas in place, it is essential to know the total organic 

carbon (TOC) of the reservoir which is determined from the original kerogen content and 

thermal maturity of the formation. Vitrinite reflectance (Ro) is a measurement of thermal 

maturity of the organic compound and ranges from 0 to 2%.  Value of 1% to 2% is 

desired for gas generation. TOC value greater than 1% is required for commercial use of 

gas shale. 

2.1.6 GAS IN PLACE 

The hydrocarbon stored in shale is found as either adsorbed gas or free gas where 

half of it can be found as adsorbed gas. The producible gas in shale is located in the pores 

near the kerogen and natural fractures and can contain more than 90% methane.  

 

Table 2-3 shows the composition of gas in various formations. Different 

formations have different adsorption and desorption isotherms, so the composition of gas 

changes over time. It would be beneficial to know the make of the gas to tailor the 

surfactant accordingly. 

 

Table 2-3 Percent composition of gas in different formation. Adapted from Bullin, 2008. 

  Barnett Marcellus Fayetteville New 

Albany 

Antrim Haynesville 

Methane 80 – 94% 80 – 96% 97.3% 87 – 93% 27 – 86% 95% 

Ethane 2 – 11% 3 – 16% 1% 0.8 – 2% 3 – 4% 0.1% 

Propane 2-5% 1 – 4% 0% 0.6 – 2.5% 0.4 – 5% 0% 

Carbon 

Dioxide 
0.3-3% 0.1 – 1% 1% 5 - 11% 0– 9% 4.8% 

Nitrogen 1-8% 0.2 – 0.4% 0.7% - 0.7 - 65% 0.1% 
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2.1.7 PERMEABILITY AND POROSITY 

Shale is categorized as an unconventional reservoir because of its ultra-low 

permeability and difficulty to produce. Very little is known as how gas is moving through 

this nanodarcy reservoir, therefore a lot of research has been done to understand this 

phenomenon. It is known that the gas is desorbed from the rock and produced from the 

fractures created. Numerous studies have been done to find a good method to determine 

the permeability with very little success. In one successful study, Javadpour (2007) 

measured over 150 rocks from 9 different reservoirs and found that 90% of the samples 

have permeability less than 150 nD. Most of the pores in shale have a diameter in the 

range of 4 – 200 nm and are so tightly compacted that the porosity is less than 2% (Curtis 

2010). Gas permeability is dominated by the adsorbed gas and the flow of gas in the pore. 

This is seen more significantly in shales because the pore throat is much smaller than 

conventional reservoirs (Sakhaee-Pour 2010). 

2.2 FRACTURING METHODS 

2.2.1 OVERVIEW 

Hydraulic fracturing is one of the key technologies that caused the recent surge in 

shale gas production. The primary purpose of stimulating fractured shale formation is to 

extend the drainage radius by creating a long fracture that connects to natural fracture and 

increase flow channels to the well. Fractures are created by pumping a large amount of 

fluid into the reservoir to create a pressure higher than the formation pressure to break 



13 

 

open a path to the matrix. The fracture is created along the weakest plane and on both 

side of the well.  

A well is usually fractured at multiple stages along the wellbore to increase the 

fracture to shale contact area. An adequately propped fracture can create a highly 

developed and complex fracture network that has contact areas up to 9 million square 

meter (Warpinski 2007). The fractures are usually placed near natural fractures to 

increase the network, but they are also created near areas with high maturation level or 

extremely brittle minerals. High maturation levels mean there are more gas and higher 

porosity from the kerogen. Brittle areas are easier to fracture and capable of maintaining 

stabled flow paths where proppant is not needed.  

Shales with high Young’s modulus and low Poisson’s ratio (high quartz-clay 

ratio) are ideal for fracturing because they do not require an extremely high pressure to 

open the fracture and are brittle enough increase the fracture network. 

Conventional fracturing fluids include water-based and polymer-containing fluids, 

hydrocarbon-based, and foam based. This thesis is interested in water based and CO2 -

foam fracturing fluid. Water-based fracturing fluid with little or no additives are the most 

economical but they have very low proppant transport capabilities, little leak-off control, 

increase formation damage, and causes water retention problems (Gupta 2009). Problems 

of capillary fluid retention and clay swelling can be mitigated by using CO2 to fracture 

the reservoir, but this method is more costly. The benefits of leak-off control are a 

debatable topic for shale. Since there are numerous natural microfractures, increasing 

leakoff would enlarge the channels for flow by connecting to them (King 2010). On the 
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other hand, the width of the fracture is severely shortened when fluid is loss to formation 

instead of propagating the fracture. 

2.2.2 WATER-BASED FRACTURING 

Slickwater fracs have been used throughout the industry for many different 

formations, but have proved to be very valuable in shale. The reason the water is called 

slick is because it has little extra additives. The main purpose is to create a large fracture 

network for gas to flow. In some studies, it has shown that this method is more effective 

than gelled fractures (Steinsberger 2009). Even though this method has very little 

proppant carrying capacity, it is not very important in brittle shale where the fractures are 

stable and is demonstrated in the Barnett (King 2010). 

Gelled-water is more viscous and carries proppant better but does not perform as 

well. Recently, a hybrid of the two methods has been used. First, slick water is used to 

create the fracture, than a more viscous fluid is used to carry in the proppant. Fracturing 

fluid also includes other chemicals such as surfactant, friction reducer, biocide, and clay 

stabilizer. 

Shale gas reservoirs are rich in clay, and when they come in contact with water, 

formation damage such as clay particle migration, clay swelling, and fluid retention are 

possible. In some formation, fluid retention is a major concern because it reduces gas 

relative permeability. The very high capillary forces of shale reservoirs cause a 

substantial volume of the fracturing fluid to stay in the formation. This problem can be 

alleviated by using CO2 fluids. 



15 

 

2.2.3 CO2 – BASED FRACTURING 

CO2 fracturing fluids have shown to be very successful in tight gas applications in 

Canada and several US formations (Gupta 2009). Conventional fracturing fluids rely on 

viscoelastic properties to stop leak-off, but CO2 has a natural leak-off control built in. 

CO2 is compressed significantly in order to be in a liquid state, and when exposed to 

reservoir conditions, it expands volumetrically. Since the fluid is not at steady-state, 

positive transient effects occur and this thermal expansion effect inhibits leak-off near the 

fracture. The low viscosity and high velocity of the fluid gives the fluid proppant carrying 

abilities. 

 CO2 also affects the pH of the reservoir by lowering it to values around 4 - 5 

(Holmes 1999). The acidity of the water could reverse the surface charges of the 

minerals. As protons adsorb to the mineral, the surface will become more positive, or less 

negative. This will increase the adsorption of anionic surfactants and decrease the 

adsorption of cationics (Connor 1971). Change in pH may all affect the ethylene oxide 

group of the surfactant by protonating it and changing the charge to positive. 

 

2.3 SURFACTANTS 

2.3.1 OVERVIEW 

Surfactants have been used in hydraulic fracturing fluid ever since water became 

the common fluid for fracturing. In conventional oil reservoirs, the use of surfactants is 

intended to prevent emulsification of the treating fluid with the produced oil, increased 

viscosity of fluid, and reduced interfacial tension (Penny 2005, Gupta 2009). In shale gas 
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reservoirs, the function of surfactant is to reduce capillary pressure by reducing the 

surface tension between the treating fluid and gas. 

Surfactants possess a hydrophilic head and a hydrophobic tail in a single 

molecule. The polar portion is in the hydrophilic head, and the hydrocarbon chain is in 

the hydrophobic tail. Surfactants exist at the interface of water and adjacent fluid as a 

monolayer at low concentration. Their unique property is their ability to adsorb strongly 

at various interfaces and to lower the interfacial surface energy (Figure 2.2).  

 

Figure 2.2 – Surfactant at water/oil interface. 

According to the ion charge of the head group, surfactants are classified into 4 

groups: anionic, cationic, nonionic, or zwitterionic surfactants (Figure 2.2).  

1. Anionic surfactants have a head group that is negatively charged. These 

surfactants have a low adsorption rate due to their negative charge which repels 

from the negative charge of the clay.  

2. Non-ionic surfactants have a head group that is neutrally charged or no charge. 

They are used mostly as a cosurfactant because of their compatibility with all 

surfactants. Because of their neutral charge, they adsorb quicker than anionic.  
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3. Cationic surfactants have a head group that is positively charged. These 

surfactants are not usually used because they easily adsorb onto the rock surfaces 

due to the attraction of the positive charge of the molecule and the negative 

charge of the clay.  

4. Zwitterionic surfactants are both positively and negatively charged. The charge of 

the head changes as pH changes. 

Surfactants also contain a functional group that helps with their solubility. 

Depending on the structure of the functional group, the surfactant can be made to be more 

water soluble or more oil soluble. 

When a surfactant is added to a solvent at very low concentration, the dissolved 

molecules disperse in the solution as monomers. As the surfactants concentration 

increases, surfactant molecules tend to form aggregates or micelles. Above a specific 

surfactant concentration, called the critical micelle concentration (CMC), addition of 

surfactant will only result in the increase of micelle concentration and little change in 

monomer concentration thus the interfacial tension does not change significantly (Figure 

2.3).  
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Figure 2.3 – Formation of micelles above the CMC 

2.3.2 SOLUBILITY OF SURFACTANT IN WATER 

Surfactant solubility is an important characteristic of surfactants in petroleum 

systems because it ensures propagation of the chemicals in the reservoir. Precipitation 

reactions, cloudiness, and phase separation will lead to excessive chemical consumption 

and retention with the reservoir and ultimately poor efficiency.  

The solubility of surfactant in water is mainly dependent on the nature of the 

hydrophilic head and hydrophobic tail group. The surfactant will stay in solution as 

monomers until it reaches the CMC and will then crystallize or become micelles (Figure 

2.4). The physical manifestation of this is the crystallization or precipitation of surfactant 

from solution which means it has exceeded it solubility limit. Alternative options can 
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include liquid crystal formation or micelle formation that remains in solution as 

thermodynamically stable species with properties distinct from the monomers. 

 

Figure 2.4 – Modes of surfactant action (Drew 2005) 

Several generalizations can be made to determine the solubility of the surfactant 

in water. 

1. Increasing the length of the hydrophobic group decreases solubility of 

surfactant in water. 

2. The introduction of branching or unsaturation in the hydrophobic group 

increases the solubility of the surfactant in water. 
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3. The addition of ethylene oxide group increases solubility in water while the 

addition of propylene oxide group decreases solubility in water. 

4. For ionic surfactant, increasing temperature increases solubility. Nonionic 

surfactant will have a reverse effect where solubility will decrease as 

temperature increases. 

5. The addition of electrolytes will decrease the solubility of the surfactant in 

water.  

A balance between the hydrophobic tail and hydrophilic head gives rise to the 

surfactant’s ability to solubilize in water. An empirical way to characterize the surfactant 

is by using the hydrophilic-lipophilic balance (HLB) developed by Griffin. In this 

method, a number from 0 to 20 is given to a surfactant based on the balance between the 

two portions of the molecule. Low HLB number corresponds to oil soluble surfactants 

while high HLB number corresponds to water soluble surfactants. This number can be 

calculated from the molecule’s structure or experimental data. 

2.3.3 REDUCTION OF INTERFACIAL TENSION  

 Interfacial tension is the most measured property of surfactants in the oil industry, 

because it leads to lower irreducible oil saturation. In conventional EOR process, the 

reduction of IFT leads to a higher capillary number and increases oil mobilization. The 

concept for improved water recovery is similar, where the capillary pressure is reduced 

by reducing the IFT. 

The molecules at the interface of the two phases have potential energies greater 

than those in the interior of that phase due to the interaction with the molecules in the 
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other phase. Surfactant, or surface active agent, reduces this energy by altering the way 

the molecules at the interface interact. The surfactant will orient itself so that its 

hydrophilic head will face toward the water and the hydrophobic tail towards the oil. The 

water molecule will no longer interact with the oil molecule but with the head group of 

the surfactant, and same for the oil with the tail. Thus this greatly reduces the tension 

between the two interfaces. The hydrophilic group has two functions: (1) to produce 

spontaneous adsorption of the molecule at the interface and (2) to increase interaction 

between the adsorbed surfactant molecules and the molecules in the adjacent phase. The 

function of the hydrophobic group is to increase the interaction between the surfactant 

and the oil. 

The IFT between an aqueous surfactant solution and a hydrocarbon phase is a 

function of salinity, temperature, surfactant concentration, surfactant type and purity, and 

nature of the hydrocarbon. An increase in the concentration of the surfactant will 

decrease the IFT until the concentration reaches the CMC (Figure 2.5). At this point, the 

surfactant does not alter the interface between the two fluids, because it starts to form 

micelles in the bulk phase. The degree by which the interfacial tension has been lowered 

is a measurement of the effectiveness of the surfactant, and the amount of surfactant 

needed to achieve this lower of interfacial tension is a measure of its efficiency. 
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Figure 2.5 – Surface tension – concentration relationship of typical surfactant 

The more effective a surfactant is, the more it can lower the interfacial tension 

between the two fluids. The factors that affect the effectiveness of the surfactants are 

listed below. 

1. Branching of the hydrophobe increases the adsorption at the interface thus 

lowering the interfacial tension. 

2. Increasing the length of the hydrophobe group slightly increase the amount of 

surfactant at the interface and decreases the IFT. 

3. Increasing the ionic strength of the solution greatly increases the effectiveness 

of the surfactant. 

4. Increasing temperature may reduce overall interfacial tension, but it reduces 

the effectiveness of the surfactant. 

A complete description of the mechanisms which surfactants reduces the 

interfacial tension is beyond the scope of this paper. More details about how the 
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efficiency and effectiveness of a surfactant to reduce the interfacial tension is presented 

in chapter 5 of Surfactants and Interfacial Phenomena. 

Water is trapped in the nearby matrix when the pressure gradient in the oil is not 

high enough. The force exerted by the oil cannot exceed the difference in the capillary 

pressure at the advancing and receding interface to move the water, so the water is 

trapped by capillary force. Reducing IFT helps mobilize the water by reducing the 

capillary pressure required.  

2.3.4 EMULSION FORMATION 

 An emulsion is a stable suspension of particles of liquid of certain sizes within an 

immiscible second liquid. They are found in nearly all industries including the oil and 

gas. Emulsions are usually not desired during oil production due to the difficulty in 

separating the oil and water particles and the cost this incurs. They are however, desired 

during enhanced oil recovery to increase sweep efficiency and prevent fingering by 

optimizing the mobility ratio between the displacing fluid and displaced fluid. Figure 2.6 

shows that a weakly emulsifying surfactant will help with well cleanup by solubilizing 

and mobilizing additional oil globules via self-association (Liang 2012). An emulsion 

between the treating fluid and the reservoir fluid is needed for a successful water 

recovery, but the emulsion has to be small (micro size) and fast forming 
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Figure 2.6 – Roll up (1), detachment (2), solubilization of oil droplet (3) in the presence of 

surfactant (Liang 2012) 

There are two different types of emulsions named for the size of the dispersed 

particles: macroemulsions and microemulsion. 

Macroemulsions: These types of emulsions are characterized by dispersed 

particles that are greater than 400 nm. There are two types of macroemulsion 

which are based upon the dispersed phase. The oil-in-water emulsion (O/W) is a 

dispersion of a water immiscible liquid (O) in an aqueous phase (W) so the “oil” 

is the discontinuous inner phase and the “water” in the continuous outer phase. 

The water-in-oil emulsion (W/O) is where the water is the discontinuous phase 

and the oil is the continuous phase. This emulsion can be kinetically stable and 

can take several minutes to months until it coalesces. 

Microemulsions: These emulsions have dispersed particles that are less than 100 

nm and are very commonly used in enhanced oil recovery. There are three types 

of emulsions which Winsor called Type I (W/O), Type II (O/W) and Type III 

(bicontinuous) (Figure 2.7). They are usually prepared with a mixture of 
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surfactant and cosurfactant to provide a proper balance between the hydrophilic 

and lipophilic properties for the required oil/water mixture. This type of 

emulsions is thermodynamically stable and can result in ultralow IFT (<10
-3 

mN/m). 

 

Figure 2.7 – Microemulsion types. 

Emulsions are formed when two immiscible liquids are separated into particles 

where one liquid is dispersed in another. In this state, there is a large increase in energy in 

the system and the emulsions are thermodynamically unstable. An emulsifying agent 

such as a surfactant can reduce the interfacial energy between the two phases and 

therefore lowering the energy of the emulsions.  It can also decrease the rate of 

coalescence of the dispersed liquid by forming a mechanical, steric or electrical barrier 

around the emulsion. 
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The type of emulsions formed can be predicted by using the HLB method. Each 

surfactant has an HLB number which relates to the structure of the surfactant. Surfactants 

with a low HLB (<8) usually form W/O emulsions and those with higher HLB (>8) 

usually form O/W emulsions. Surfactant concentration, temperature, water to oil ratio, 

and salinity can also affect the type of emulsion formed. These factors affect the 

hydrophillicity of the surfactant and can cause an inversion of the emulsion. 

2.3.5 SOLUBILITY OF SURFACTANT IN CARBON DIOXIDE 

 The idea of dissolving a surfactant into CO2 during an EOR process for the 

purpose of CO2 -in-brine mobility control or conformance control was first developed in 

1967 by Bernard and Holm. This however is very difficult to achieve, because the 

pressure required to dissolve the surfactant in CO2 is greater than the typical minimum 

miscibility pressure (MMP). Some have suggested using a cosolvent or cosurfactant to 

increase solubility (Irani 1989, Schievelbein 1991). When a surfactant is dissolved in the 

CO2 phase to stabilize the foam in-situ, it would ensure that foam generation is available 

where CO2 was flowing. By adding surfactant into the CO2 phase during the fracturing 

process, there is no longer a need to inject water to carry the surfactant therefore 

decreasing the water trapped in the reservoir. Also, the surfactant in the CO2 phase could 

help mobilize formation water. 

 Similar to solubility in water, there is term to describe surfactants that are soluble 

in CO2 called “CO2-phillic”. Once the CO2-phillic section has been identified, the other 

segment can be chosen from either hydrophilic or lipophilic molecules. Xing (2012) have 

determined several CO2 soluble, nonionic water surfactants that stabilize CO2-in-brine 
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foams. These surfactants have a hydrophilic ethoxylated tail with a phenol, linear, or 

branch CO2-philic portion. A series of ethoxylated cationic amine surfactants have also 

been found to be CO2 soluble at high temperature and high salinity (Chen 2012).  These 

amines are nonionic in CO2 and switches to cationic in the presence of an acidic aqueous 

phase. Nonionics are found to be more soluble in CO2 than ionic surfactants, but ionic 

surfactants have a higher temperature tolerance (Gupta 2007). These cationic surfactants 

will be further tested in this thesis to understand their IFT reduction capabilities. 

2.4 IMPLEMENTATIONS AND LIMITATIONS OF SURFACTANTS FOR WATER 

RECOVERY 

2.4.1 OVERVIEW 

Hydraulic fracturing has been used to stimulate wells for numerous decades, but it 

can restrict the productivity of the gas well by reducing the relative permeability to gas in 

the invaded region. Until this fluid is removed from the formation and fracture, 

production will be impaired (Tannich 1975). Additives are used to improve performance 

during a fracture cleanup to recover more water. Ideal additives should alter the capillary 

pressure, interfacial tension, wettability and relative permeability (Ford 1988). Studies 

have found that surfactants help recover more water in conventional reservoirs and have 

extended this to tight gas and shale gas formations. 
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2.4.2 LABORATORY RESULTS  

Different laboratory tests were performed to show the effectiveness of surfactant. 

The two basic tests are IFT and contact angle measurements because these are the basis 

for changing capillary pressure. Adsorption tests measure the efficiency of the surfactant 

and how much surfactant is loss. Core flow tests are then performed to see the overall 

effectiveness of the surfactants by measuring fluid recovery. 

Several different types of surfactants were tested including amine oxide, 

ethoxylated amine, ethoxylated alcohol, ethoxylated phenol, branched and linear alcohol, 

fluorosurfactant, and nanofluid. The nanofluid solution is a blend of nonionic ethoxylate, 

solvent and cosolvent. All these surfactants lowered surface tension between air and 

surfactant solution (Howard 2009, Penny 2005, Paktinat 2006). Howard shows that 

besides for the nanofluid, amine oxide is the only other tested surfactant that changed the 

contact angle and altered the wettability of the water-wet surface to oil-wet, but it has the 

highest adsorption rate. Overall, these 2 properties negated each other and the amine 

oxide performance is similar to the other surfactants.  Besides for the cationic amine 

oxide and ethoxylated amine, the other surfactants have similar adsorption rate. In core 

flow tests, the nanofluids show the best performance, with water recovery rates as high as 

70% (Penny 2012). 

The nanofluid outperforms all the other surfactants due to the Voronoi structure. 

It suggests higher available surfactant properties over the entire area of the shale structure 

making it a more effective fluid. This structure enables the nanofluid to be carried to the 
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interface faster than surfactant alone (Penny 2012). Simply stated, it means this allows it 

to lower adsorption tendency, increase contact angle and reduce surface tension.  

Numerous studies have been conducted to understand what properties are needed 

to enhance the nanofluid for optimum performance. Champagne varied the amount of 

water to solvent ratio and tested water recovery through different packing. He found that 

there was no top performer but the optimum solvent to water ratio is when they are nearly 

equal. One study shows that the concentration of surfactant affects the performance of the 

solution (Zelenev 2009). Figure 2.8 shows that adding demulsifier to the nanofluid help 

speed up demulsifcation. The demulsifier increase the effectiveness and efficiency of 

aqueous phase displacement compared to demulsifier alone and nanofluid alone. Another 

study shows that a weakly emulsifying surfactant will help with well cleanup by 

solubilizing and mobilizing additional oil globules via self-association (Liang 2012). An 

emulsion between the treating fluid and the reservoir fluid is needed for a successful 

water recovery but the emulsion has to be small (micro size) and fast forming 
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Figure 2.8 – Nanofluid with demulsifiers tested in mesh sand column (Penny 2012) 

The limitation of these laboratory studies is lack of measurements with gas. All 

the measurements are done with air or crude oil. The composition of shale gas is mainly 

methane and lighter hydrocarbon, so the surfactant will behave differently when exposed 

to hydrocarbon compared to air. Also, studying how these surfactants behave under 

reservoir condition could give insight on its stability and effectiveness.  

2.4.3 FIELD TEST 

The concept of adding surfactants into fracturing fluid to enhance water recovery 

is still being developed. It has not been used in large scale yet but several field pilots have 

been tested to show the performance increase. Most of these studies are done in the 

Barnett Shale and Marcellus Shale with conventional surfactant and nanofluid. 

In the Marcellus Shale, 6 similar wells were picked to perform a comparison 

between a conventional surfactant and a nanofluid. Three were fractured using surfactant 

and the other 3 fractured with nanofluid. The conventional surfactant recovered an 
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average of 60% water while the nanofluid recovered about 80% (Penny 2007). Well 

cleanup time is also faster with the nanofluid and the recovered water can be used in later 

fracturing jobs. 

The Barnett Shale is notorious for retaining water. A case study between 

conventional surfactant and nanofluid was also performed here. 23,000 bbl of water was 

used for fracturing along with other chemicals and proppant. The conventional surfactant 

recovered 6430 bbl of water, a 28% recovery. The nanofluid system recovered 9080 bbl 

of water, a 40% recovery. Figure 2.9 shows that over 180 days, the average gas 

production of the nanofluid is 47% better than the normal surfactant. Overall the 

nanofluid performed better and increased gas recovery. 

 

Figure 2.9 – Average cumulative water and gas production in Barnett shale with 

conventional surfactants and nanofluid (Penny 2006). 

 In both laboratory scale and field scale, adding surfactants to the fracturing fluid 

helps recover more water. It can be seen in the field scale that this help increases overall 

gas production. Still, research in this area is not as developed as enhanced oil recovery 
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because shale is a relatively new topic. The majority of the research in shale is done 

within the last 10 years. Less is even know on the viability of surfactants in CO2 to 

increase gas recovery.  

2.5 SUMMARY 

In this chapter, shale gas is discussed to give a better understanding of the 

environment the surfactants will be subjected to. Shale was first thought to only be a 

source and cap rock, but now it is also considered a reservoir rock. The most common 

minerals in shale are clay, quartz, and calcite with pores and fractures filled with various 

gases like methane, ethane, CO2, and nitrogen. Depending on the environment, 

temperature, and pressure of the formation, the type of gas available and carbon content 

can be predicted. Hydraulic fracturing helps improve production in these nanodarcys 

rocks by increasing the drainage area and connecting natural fractures. Reservoirs can be 

fractured with slick water, gelled water, or CO2-foam depending on the requirements of 

the formation. Surfactants are also added into these fracturing fluids to decrease the 

capillary pressure between the hydrocarbon gas and water to improve overall production. 

Understanding the structures and chemistry of the surfactant is important to characterize 

the surfactant and tailor it to best fit the needs of the job. The structure of the surfactant 

can give a plethora of information on how it will affect solubility, emulsions formation, 

and IFT reduction. According to literature, surfactants have shown to improve water 

recovery in core flood experiments and pilot tests. 
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CHAPTER 3: EXPERIMENTAL DESIGN 

3.1 MATERIALS 

3.1.1 BRINE 

Brine is made with NaCl and deionized water and the concentration of NaCl 

changes according to the experiment. 

De-ionized (DI) water - filtered using a Barnstead Nanopure II filtration system. 

Sodium chloride – manufactured from Fisher Scientific 

3.1.2 LIQUID HYDROCARBON 

Light hydrocarbon is used to better mimic reservoir gas. It is a better to do 

preliminary testing with these fluids. 

Pentane - 99.6% pure bought from Fisher Scientific. 

Hexane – 99.5% pure bought from Fisher Scientific. 

Heptane – 99.3% pure bought from Fisher Scientific. 

3.1.3 SURFACTANTS 

Nonionic and cationic surfactants that are CO2 solubles were used in this thesis. 

The nonionic surfactants are: Ethylan HB4 and Ethylan 1005 SA. The two series of 

cationic surfactants are Ethomeen T Series and Ethomeen C Series. Table 3-1 lists some 

surfactant properties. All the surfactants are provided by AkzoNobel. 
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Table 3-1 Surfactants and their descriptions 

 Trade Name Activity Description # EO 

Nonionic 
Ethylan HB4 100% Phenol ethoxylate 4 

Ethylan 1005 SA 100% C10 Alcohol ethoxylate 5 

Cationic 

Ethomeen T/12 100% Ethoxylate tallow amine  2 

Ethomeen T/15 100% Ethoxylate tallow amine 5 

Ethomeen T/25 100% Ethoxylate tallow amine 15 

Ethomeen T/30 100% Ethoxylate tallow amine 20 

Ethomeen C/12 100% Ethoxylate coco amine 2 

Ethomeen C/15 100% Ethoxylate coco amine 5 

Ethomeen C/25 100% Ethoxylate coco amine 15 

 

3.1.3.1 Nonionic 

The molecular structures of the surfactants are shown below. 

 

Figure 3.1 – Ethylan HB4 has an aromatic ring with 4 EO groups attached. 

 

Figure 3.2 – Ethylan 1005 SA has 10 carbon chain attached to 5 EO groups. 
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3.1.3.2 Cationic 

There are two series of cationic surfactants. The tallow series has an average R 

chain of 17.8 and coco series have an average R chain of 12. The tallow is also more 

branched than the coco. 

 Coco ≈ 7% C10 + 50% C12 + 18% C14 + 6% unsaturated C18 + 19% others 

Tallow ≈ 29% C16 + 23% C18 + 37% unsaturated C18 + 11% others 

 

Figure 3.3 – Coco R ≈ 12, Tallow R ≈ 17.8, m + n = #EO groups 

3.1.4 IFT SETUP 

Figure 1.1 is a schematic of the goniometer and equipment used to measure IFT at 

elevated pressure. A positive displacement pump is connected to the two accumulators. 

The double ended accumulator is used to store the pentane. Due to their immiscibility, 

water is used to push the pentane into the cell. A piston cylinder is used to pump the 

brine/surfactant solution into the view cell. The goniometer consists of a camera and light 

connected to a computer with software to measure interfacial tension. Finally, a back-

pressure regulator is used to keep the system at a constant pressure. 
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Pentane accumulator – This stainless steel double ended cylinder is from 

Swagelok. It has a maximum pressure rating of 5000 psi and volume of 150 mL 

Piston accumulator – The stainless steel cylinder is customized in the machine 

shop to have a floating piston with two valves in the end. The pressure has been 

tested up to 3000 psi and has a volume of 100 mL. 

Pressure cell – This is a high pressure vessel with sapphire windows developed 

in the machine lab. The view cell window is approximately 1.5 cm in diameter. It 

has a volume of 10 mL.  

Goniometer – The camera, light, and software were bought from Ramé-Hart. It 

uses the pendant drop method to measure IFT. The setup is customized to fit 

across an oven. The software is DROPimage Advanced and is able to measure 

IFT/ST, contact angles, and many other parameters. 

Pump– This is a Quizix Pump QX-5000 and is a positive displacement pump 

with two cylinders to provide a continuous, pulse-free flow. It delivers a 

maximum pressure of 6000 psi and a minimum flow rate of .001 mL/min. There 

is also an LCD screen attached to control pressure and/or flow rate. 

Backpressure Regulator – The BPR is from Equilibar. The body has a rating of 

5000 psi and will work at a flow rate of .001 mL/min. Nitrogen is used to set the 

dome pressure. 

Oven – This is a forced air oven from Cascade Tek with a microprocessor 

control. It is customized with two holes on the side for the camera and light to see 

through. 
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Pressure Transducer – This is an absolute pressure gauge from Rosemount. It is 

calibrated to measure pressure up to 2,500 psi and monitored through the 

computer or a digital screen on the transducer.  

3.1.5 MISCELLANEOUS EQUIPMENT 

pH Meter – Orion 5 Star pH meter from Thermo Scientific. It is calibrate using a 

buffer solution of pH 4, 7 and 10 from the manufacture. 

Scale – This is an electronic scale from Denver Instrument. It has a max weight of 

230 grams and has a glass enclosure to maintain stability. 

Quartz cell – A rectangular quartz cell is purchased from Ramé-Hart. The 

volume of the cell is 50 mL. 

Microsyringe - The plunger is made from PTFE, the O-ring is Viton 

fluoroelastomer, the needle is stainless steel, and the barrel is glass. 
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Figure 3.4 – Schematic of IFT setup.
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3.2 EXPERIMENTAL PROCEDURES 

3.2.1 AQUEOUS STABILITY 

Aqueous stability experiments were done by mixing salts and surfactants with de-

ionized water. All of the surfactants listed in Table 3-1 are used for this experiment. The 

first step is to prepare a 5 mL solution of 0.2 wt% surfactant with varying salinity and 

pH. The salt concentration ranges from 0 wt% NaCl to 10 wt% NaCl. The stock brine 

solution has a concentration of 20 wt% and is made from NaCl and pH solution. HCl and 

DI water are used to make the acidic solution, DI water is used to make the neutral pH, 

and NaOH and DI water are used to make the basic solution. The brine and aqueous 

solutions were verified to have a pH of 4, 7, and 10 by using a pH meter. The bottom of a 

pipette is fused shut using a propane torch. Surfactant is then added to the solution of 

brine and pH water in a 5 mL pipette. After that, the top of the pipette is sealed shut.  

In the last step, the surfactant solution is gently shaken to mix the surfactant with 

the brine and is left to equilibrate. The solution is then observed for turbidity, cloudiness, 

or phase separation. Since surfactants behave differently at higher temperature, the 

pipettes are heated up to 50°C for 24 hours in an oven, and then observed for any 

disturbances. They were also observed at 80°C. All aqueous stability experiments were 

completed and sealed under atmospheric conditions. 

3.2.2 PHASE BEHAVIOR 

Phase behavior experiments are done similarly to the aqueous stability 

experiments with the exception of adding in pentane. This experiment is also done only at 
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a neutral pH of 7. Only the cationic surfactants listed in Table 3-1 are used for this 

experiment. 

First, the surfactant is diluted with DI water to make a 4 wt% concentration of 

surfactant. Then a stock brine solution is made from NaCl to create a 10 wt% 

concentration. Combine the surfactant stock and brine stock to make a solution of 0.5 

wt% surfactant concentration and desired salinity (1 – 5 wt% NaCl). Again, each solution 

is stored in a pipette with a sealed bottom and the volume is recorded. After the solution 

is added, pentane is added to the pipette and immediately sealed. Pentane is volatile and 

evaporates quickly so argon is used to slow down the evaporation. 

Finally, the pipette is gently shaken to mix the surfactant solution and pentane. 

The mixture is left to equilibrate. Readings and photographs of the phase behavior were 

made periodically. The mixture is observed to see what kind of emulsions is formed. 

3.2.3 IFT MEASUREMENTS 

DROPimage uses the pendant drop method to calculate the IFT between two 

fluids. This method requires the user to input the density of the two fluids, and the 

software imaging program determines the dimensions of the droplet. The software 

calculated the IFT from the following equation: 

  
     

 
 

where H depends on the “shape factor” S = d/D ( 

Bi and a are empirical constants for certain range of S and are listed in Table 3-2. 
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Figure 3.5 – Pendant drop method. 

Table 3-2 Empirical constants for shape factor equation. 

Range of S A B4 B3 B2 B1 B0 

0.401 - 0.406 2.566 0.327 0 0.975 0.841 0.181 

0.46 - 0.59 2.597 0.319 0 0.469 0.5 0.132 

0.59 - 0.68 2.624 0.315 0 0.117 0.157 0.053 

0.68 - 0.90 2.642 0.313 0 0.091 0.147 0.059 

0.90 - 1.00 2.846 0.307 -0.691 -1.083 -0.183 0.210 

 

The software then takes the arithmetic average over all the measurements taken 

for the single droplet and reports that as the IFT. It also records other variable such as 

volume, area, theta, and several other variables. 
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For analysis purposes, all the measurements for a particular solution is used to 

calculate the average and standard deviation. For example, a solution of .05 wt% 

surfactant, 1 wt% NaCl is measured 20 times for one droplet. Then 2 more droplets are 

created and each is measured 20 times. The average and standard deviation are calculated 

from the 60 total measurements. The error bars are calculated using one standard 

deviation from the average. 

3.2.3.1 Calibration 

The goniometer has to be calibrated before each use. The optimal distance from 

the camera to light is 87 cm and from the camera to the needle is 42 cm. The distance 

from the camera to the needle can be adjusted based on the focus. The first calibration is 

made with a straight needle calibration tool provided by Ramé-Hart (Figure 3.6). Make 

sure the image of the needle is in focus. The software, DROPimage, has a function to 

calibrate with this tool where it takes the dimension of the needle and translates it to 

pixel. The result has to be between .9985 and 1.0015%. 

This is a manual calibration to verify the accuracy of the measurement. Fill the 

micro-syringe with DI water and place it at the location where the needle was calibrated. 

Create a droplet and measure the IFT of the droplet. If the result is ± 1% from the proven 

value of 72.6 mN/m, then the goniometer is calibrated. If not, move the needle calibration 

tool, refocus it, and recalibrate it. After that, redo the IFT measurement for DI water. 

Repeat this until it is calibrated and mark the location. 
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Figure 3.6 – Needle calibration tool 

3.2.3.2 Concentration Scan 

Only the cationic surfactants that passed the aqueous stability test are used for this 

experiment. First, prepare a solution of 0.2 wt% brine with varying surfactant 

concentration from 0.2 to 2.0 wt%. Then, fill the quartz cell with pentane and the 

dispensing needle with surfactant solution. Create a droplet with the needle in the pentane 

and measure the IFT with the DROPimage software. Take 20 measurements over the 

period of 1 minute. If the IFT is within 0.01 standard deviation, record that value. If not, 

take another 20 measurements over 1 minute again until the standard deviation is 0.01. 

Repeat these steps for 3 different droplets. 
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3.2.3.3 Salinity Scan 

Only the cationic surfactants with IFT less than 10 mN/m are used for this 

experiment. This experiment is similar to the concentration scan with the exception of 

varying salinity instead of concentration. The surfactant concentration is kept at 0.5 wt% 

surfactant and the salinity varies from 1 to 5 wt% NaCl. The quartz cell is filled with 

pentane and the dispensing needle is filled with surfactant solution. Create a droplet with 

the needle in the pentane and measure the IFT with the DROPimage software. Take 20 

measurements over the period of 1 minute. If the IFT is within 0.01 standard deviation, 

record that value. If not, take another 20 measurements over 1 minute again until the 

standard deviation is 0.01. Repeat these steps for 3 different droplets. 

3.2.3.4 Alkane Carbon Number Scan 

Only the cationic surfactants with IFT less than 10 mN/m are used for this 

experiment. This experiment is similar to the salinity scan with the exception of varying 

the outer fluid instead of salinity. The surfactant concentration is kept at 0.5 wt% 

surfactant and the salinity at 2.0 wt% NaCl. The quartz cell is filled with pentane and the 

dispensing needle is filled with surfactant solution. Create a droplet with the needle in the 

pentane and measure the IFT with the DROPimage software. Take 20 measurements over 

the period of 1 minute. If the IFT is within 0.01 standard deviation, record that value. If 

not, take another 20 measurements over 1 minute again until the standard deviation is 

0.01. Repeat these steps for 3 different droplets. Then clean out the quartz cell and fill it 
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with hexane. Repeat the IFT measurements with three new droplets. Finally, clean out the 

cell and fill it with heptane and repeat the IFT measurements. 

3.2.3.5 Pressure Scan 

Only the cationic surfactants with IFT less than 10 mN/m are used for this 

experiment. This experiment is done using the equipment described in 3.1.4. Preparations 

must be made before starting the experiment. First, prepare a 100 mL solution of 2.0 wt% 

brine with 0.5 wt% surfactant. Then, fill the piston accumulator with the surfactant 

solution. Next, fill the double-ended accumulator with the hydrocarbon, pentane. The 

dome pressure of the BPR is set to the desired pressure. Finally close the valves to the 

accumulators and vacuum the air out of the system and pressure cell.  

The measurements can now commence. Make sure all the valves in the system are 

closed. Then, open the valves connected to the piston accumulator from the pump to the 

cell. Now, pump the surfactant solution into the pressure cell until desire pressure is 

reached. The pressure can be monitored with the pressure transducer on the computer. 

Close all the valves again. Switch the pump to the double ended cylinder and open all the 

valves connected to the cylinder to the needle valve. Pressurize this line until it reaches 

the pressure of the cell.  Slowly pump at a rate of 0.01 mL/min. When a droplet starts to 

form in the pressure cell, stop the pump and close the needle valve. Wait for the droplet 

to stabilize and then measure the IFT. Take 20 measurements over the period of 1 minute. 

If the IFT is within 0.01 standard deviation, record that value. If not, take another 20 

measurements over 1 minute again until the standard deviation is 0.01. Repeat these steps 
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for 3 different droplets. The pressures are measured at approximately 250, 500, 750, 

1,000, 1,250, and 1,500 psi. 
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CHAPTER 4: RESULTS AND DISCUSSION 

4.1 AQUEOUS STABILITY 

4.1.1 OVERVIEW 

Aqueous stability is an intrinsic characteristic that a chemical mixture has under 

specified temperature and pressure. It is often recorded as a mixture’s physical 

appearance with stability defined as a clear, homogenous solution and instability as 

cloudy, phase separation or precipitation. Poor aqueous stability can lead to excessive 

chemical consumption and retention within the reservoir. The objective of this 

experiment is to test the surfactant performance at salinity close to that found in hydraulic 

fracturing fluids. Performing these tests help eliminate surfactants and narrow down the 

pool of potential candidates. Table 4-1 lists the surfactants used for this experiment along 

with the number of ethylene oxide in each surfactant and HLB number. AkzoNobel 

calculated the HLB values by using the molecular structure of the surfactants. 
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Table 4-1 Lists of surfactants with # of EO and HLB number. 

 Surfactant # EO HLB (pH > 9) HLB (pH < 8) 

Nonionic 
Ethylan HB4 4 - - 

Ethylan 1005 SA 5 - 11.6 

Cationic 

Ethomeen T/12 2 10.1 - 

Ethomeen T/15 5 11.1 21.7 

Ethomeen T/25 15 14.7 24.3 

Ethomeen T/30 20 16.1 26.7 

Ethomeen C/12 2 12.1 21 

Ethomeen C/15 5 13.3 23.7 

Ethomeen C/25 15 16.7 27 

 

 Figure 4.1 shows the distinction between a soluble and non-soluble surfactant in 

water. Figure 4.1 (a) is for Ethomeen T/15 at 0% salinity and the solution is clear while 

(b) is with the same surfactant but at 2% salinity and there is a distinct phase separation 

showing the surfactant is insoluble. Table 4-2 lists the results of the aqueous stability test 

performed at 25°C and various pH. 
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Figure 4.1 – (a) Left - Ethomeen T/15 @ 0% salinity (b) Right – Ethomeen T/15 @ 2% 

salinity  

4.1.2 SOLUBILITY EFFECTS DUE TO SALINITY AND PH 

There are only two nonionic surfactants tested therefore a correlation could not be 

established on solubility and chemical structure. Even though Ethylan HB4 has less EO 

than Ethylan 1005 SA, it is more soluble than the latter. This is due to the aromatic ring 

which improves solubility of the surfactant. As it can be seen in the table, Ethylan HB4 is 

soluble even at a high salinity and pH. 
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Table 4-2 Results of aqueous stability test at 25°C. The listed number is the salt 

concentration before the solution becomes insoluble. 

 Surfactant pH: 4.0 pH: 7.0 pH: 10.0 

Nonionic 
Ethylan HB4 >10% >10% >10% 
Ethylan 1005 SA - - - 

Cationic 

Ethomeen T/12 - - - 
Ethomeen T/15 4% .4% .2% 
Ethomeen T/25 >10% >10% >10% 
Ethomeen T/30 >10% >10% >10% 
Ethomeen C/12 - - - 
Ethomeen C/15 >10% >10% >10% 
Ethomeen C/25 >10% >10% >10% 

 

The cationic surfactants solubility is highly dependent on the number of EO group 

in them. Table 4-1 has the HLB values of these surfactants which help explains their 

solubility. Ethomeen T/12 and C/12 only have two groups of EO in them and is not 

sufficient to make these surfactants soluble in water. Even at lower pH values, these 

surfactants could not be made to be soluble in water. Ethomeen T/15 has a lower HLB 

value than Ethomeen C/12 but is more soluble because the tallow surfactants have a 

branching tail which increases solubility. The branching of hydrophobic tail is not taken 

into account when the HLB number is calculated. Between Ethomeen T/15 and C/15, the 

latter is more soluble. Even though the tallow series have a branching tail, the tail is also 

longer than the coco series. The length of the tail has a more significant impact on 

solubility than branching of the tail.  
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The effect of pH is clearly shown with Ethomeen T/15. As pH increases, the 

critical salt concentration decreases. The excess hydrogen ion in the aqueous phase helps 

protonate the amine. Ethomeen by itself is nonionic and becomes cationic when it is an 

aqueous solution where the amine can become protonated. Ionic surfactants can 

withstand salinity better than nonionics. As the pH increases, there are less hydrogen 

atoms available and the surfactant solubility decreases. 

As salinity increases, the solubility decreases due to the interactions between salt 

ions and surfactants. The environment becomes more hydrophobic therefore only 

surfactants that are highly hydrophilic can withstand this condition. These results are 

typical and follow the solubility guidelines mention in Section 2.3.2. 

4.1.3 SOLUBILITY EFFECTS DUE TO TEMPERATURE, SALINITY AND PH 

 These same solutions are now heated up to 50°C and 80°C and their solubility is 

recorded in Table 4-3. Usually, increasing temperature for ionic surfactants will increase 

solubility and the inverse effect is seen in nonionic. However, these surfactants show the 

opposite effect of expected behavior. Ethylan HB4 is soluble at high pH, salinity, and 

temperature. Ethomeen T/15 and C/15 are not as soluble at higher temperature. In fact, 

Ethomeen T/15 is only soluble where there is not any salt present. The temperature effect 

can be clearly seen with Ethomeen C/15. As temperature rises, the critical salt 

concentration decreases. At 50°C, Ethomeen C/15 is slightly soluble at all pH, but when 

the temperature increased to 80°C, it is no longer soluble at any pH. The surfactants with 
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more than 15 EO groups are soluble at all temperature, salinity, and pH that they were 

measured at. 

Table 4-3 Results of aqueous stability test at 50°C and 80°C. The listed number is the salt 

concentration before the solution becomes insoluble. 

 

Surfactant 
50°C 80°C 

pH: 4.0 pH: 7.0 pH: 10.0 pH: 4.0 pH: 7.0 pH: 10.0 

Nonionic 
Ethylan HB4 >10% >10% >10% >10% >10% >10% 

Ethylan 1005 SA - - - - - - 

Cationic 

Ethomeen T/12 - - - - - - 

Ethomeen T/15 0% 0% 0% 0% 0% 0% 

Ethomeen T/25 >10% >10% >10% >10% >10% >10% 

Ethomeen T/30 >10% >10% >10% >10% >10% >10% 

Ethomeen C/12 - - - - - - 

Ethomeen C/15 2% 2% 1% - - - 

Ethomeen C/25 >10% >10% >10% >10% >10% >10% 

 

4.1.4 SUMMARY 

Increasing salinity decreases the solubility of the surfactant in the aqueous phase 

due to the interaction of the salt ions and surfactant. There is a strong trend between the 

number of EO groups and the stability of the cationic surfactant.  As the number of EO 

groups increases, the more soluble the surfactant becomes in water. The ethoxylated 

amines with less than 5 EO groups become less soluble as temperature or pH increases. 

Temperature negatively affects the solubility of the surfactants because it causes the 

surfactants to become unstable. As pH increases, there are less hydrogen atoms to bond 

with the surfactant therefore decreasing the solubility of the surfactant in water. 
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Ethomeen T/25, T/30, C/15 and C/25 were selected for further testing due to their high 

solubility. 

4.2 PHASE BEHAVIOR 

4.2.1 OVERVIEW 

In chemical EOR, phase behavior experiments helps determine the optimum 

salinity to perform core flood experiments. In a phase behavior test, the aqueous 

surfactant is mixed with an oleic phase and the surfactant will migrate to the interface. If 

the concentration of surfactant is above the CMC, the surfactant will form micelles and 

the salinity where there are three phases (water, oil, and microemulsion) is considered the 

optimum salinity. In this experiment, the initial objective was to determine if these 

surfactants will form microemulsions and what salinity it would form at. When there is a 

three phase microemlusion (Winsor Type III), the IFT between the hydrocarbon and 

water is the lowest. However, the results show that microemulsions do not form for these 

surfactants but they do form relatively stable water in oil emulsions with pentane being 

the oleic phase. It was not unexpected that microemulsions did not formed because most 

microemulsion formulations include a co-surfactant or co-solvent to aid in the process. 

Since microemulsions did not form, the revised objective is to observe the type of 

emulsions and their stability. This experiment is performed with the cationic surfactants 

that showed promising result in the aqueous stability tests and the oleic phase is pentane. 
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4.2.2 WATER-IN-OIL EMULSION 

These cationic ethyoxylated amines are highly hydrophilic and the expected 

emulsion type is oil-in-water (O/W). The HLB number also indicates that an O/W 

emulsion would form since all the surfactants have an HLB greater than 10. The observed 

results, however, shows an inverse effect (Figure 4.2). The emulsion formed was a 

viscous water-in-oil (W/O) macroemulsion. Due to this result, experiments were also 

performed with hexane and decane as the oleic phase. These all result in a W/O 

macroemulsion. This result is also seen in Chen’s experiment mixing ethoxylated (2 EO) 

cocoamine with dodecane. The exact mechanism for the W/O emulsion is not known, but 

a hypothesis for this phenomenon is that these pure alkanes have identical, non-polar 

molecules that strongly attracts the hydrophobic portions of the surfactants. Crude oil, on 

the other hand, has a variety of impurities in it like asphaltene, sulfur, nitrogen, and other 

aromatics. This greatly affects the way surfactants react with the oil compared to a pure 

alkane. This is a reason why the surfactants are more attracted to pure alkane than they 

are to water and form W/O emulsions rather than O/W.  

The ability to form W/O emulsion is beneficial to water recovery. The residual 

water is carried back to the well as gas is flowing back. Similar to Liang’s (2012) theory 

of solubilizing and mobilizing the oil globule to recover more oil, here we are 

solubilizing and mobilizing the water globule. Also, by keeping the water molecules as 

stable emulsions, they cannot coalesce and block vital gas pathways. 
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Figure 4.2 – 0.5 wt% Ethomeen T/25 @ 25°C with varying salinity. 

4.2.3 EMULSION STABILITY 

The stability of the emulsion depended on the mixing of the two phases. The 

emulsion lasted longer when the pipettes are shook more vigorously. With gentle hand 

mixing, the emulsions lasted only several hours. This shows that at low shear conditions, 

the W/O emulsion is not stable. When the intensity of the shaking increased, the 

emulsions lasted much longer. After 1 month, the emulsions are still stable for the higher 

salinity solution (Figure 4.3). For the lower salinity (1%, 2% and 3%) solutions, a thin 
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middle phase forms in between the pentane and surfactant solution. After 3 months, the 

emulsions completely break for the lower phases and a thin middle phase forms for the 

solution at 4% and 5%. Normally, higher salinity causes the emulsions to coalesce faster 

and the solution is less stable. However this is not the case for these surfactants. The 

exact reasoning for this is not yet understood. 

The stability of the emulsion is highly dependent on the shear rate and salinity of 

the solution. The emulsion can be tailor to the specific usage by changing the pumping 

rate (thus changing the shear) or the salinity of the fracturing fluid. More viscous fluid 

can actually increase water recovery by preventing the gas from fingering through the 

water. As the gas moves through the easiest path, it will increase the shearing and form 

an emulsion. The gas flow is diverted to other pathways and will be able to push back 

more water. In the long run, gas recovery will increase because there is less blocked path 

as the emulsion breaks. 
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Figure 4.3 – 0.5 wt% Ethomeen T/25 @ 25°C with varying salinity taken after 1 month. 

4.2.4 SUMMARY 

Ethomeen T/25, T/30, C/15, and C/25 all show similar results. These surfactants 

show an inverse effect of what normally is expected of ionic surfactants. Instead of 

forming O/W emulsion at low salinity, they form O/W at all salinities. Increasing the 

salinity of the solution actually causes the emulsion to become more stable. The exact 

mechanism of these phenomena is not well understood, but it could relate to the 

homogeneity of the oil. The viscous emulsions can be useful for gas recovery if it is 
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designed correctly. It can help increase sweep efficiency of the gas and also mobilize 

trapped water.  

4.3 IFT MEASUREMENTS 

4.3.1 OVERVIEW 

Interfacial tension is an important parameter for enhanced oil recovery because it 

can greatly reduce the capillary number. In water recovery, interfacial tension can reduce 

the pressure needed to initiate water flow back. By measuring the IFT between the 

hydrocarbon and aqueous phase, the required pressure to mobilize water can be 

calculated. The objective of these IFT experiments is to see which parameters have the 

most or any effect of IFT reduction.  The first test is a concentration scan to see the 

concentration where IFT remains constant, the approximate point of the critical micelle 

concentration. The other tests are performed at concentration where the IFT is stable. 

Salinity and pressure scan were performed to see how reservoir conditions could affect 

IFT. Since, these surfactants are measured with liquid hydrocarbon instead of a gaseous 

phase, IFT was measured against carbon number to see if a trend can be established.  

The effect of surfactant on IFT can be clearly seen in Figure ##. Figure ## (a) is 

pentane in DI water without any surfactant and (b) is with surfactant. The shape of the 

droplet is very rounded in (a) while more oval in (b). The shape of the droplet is based on 

the alteration of the interaction between pentane and water due to the surfactant.  
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Figure 4.4 – (a) DI water in pentane; IFT = 50 mN/m (b) 0.5% Ethomeen T/25 solution in 

pentane; IFT = 5.6 mN/m 

4.3.2 CONCENTRATION SCAN 

IFT versus concentration measurements were performed for all the surfactants 

that passed the solubility tests. Figure 4.5 shows an example of Ethomeen C/25 IFT 

measured as a function of concentration. After 0.25% salinity, the concentration stays 

relatively constant. The average IFT after the CMC is listed in Table 4-4. Two trends can 

be established from this table. The first trend is seen with the number of EO groups. The 

more EO group a surfactant has, the lower the IFT. From 5 to 15 EO, the IFT almost 

halved. After 15 EO groups, the IFT does not change drastically. This can be seen for 

both the tallow and coco series. Another trend is seen in the tallow and coco series. The 
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tallow has a lower IFT compared to coco surfactants with the same EO group. The 

reasoning for this is the tallow has more surfactants with a branched hydrophobic tail and 

also has a longer tail length (R=17). A long and branched tail increases the amount of 

surfactant molecules at the interface, thus lowering the IFT between the two phases. 

From these results, the list of surfactants is narrowed down to Ethomeen T/25, 

T/30, and C/25 because they show the lowest IFT between brine and pentane. Ethomeen 

C/15 is also chosen because another cocoamine is desired to identify trends with the tail 

group. These surfactants are able to reduce the IFT between pentane and water by a factor 

of 10. This will decrease the capillary pressure by a factor of 10 also. 

 

Table 4-4 Average IFT of surfactant at 0.2 wt% NaCl along with the number of EO groups 

each surfactant has. 

Surfactant # EO 

Groups 

IFT (mN/m) 

Ethylan HB4 4 12.71 

Ethomeen T15 5 10.94 

Ethomeen T25 15 5.85 

Ethomeen T30 20 5.78 

Ethomeen C15 5 11.07 

Ethomeen C25 15 6.18 
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Figure 4.5 – Ethomeen C/25 IFT @ 0.2% NaCl with varying surfactant concentration 

4.3.3 SALINITY SCAN 

Salinity versus IFT experiments were also performed to determine how these 

surfactants will react to different salt concentration. An aqueous stability tests has 

determined that these surfactants are soluble to more than 10 wt% salinity, therefore these 

experiments measure salinity up to only 5% to see if there is a trend. Figure 4.6 shows 

IFT as a function of salinity. There is a clear negative trend for the hydrophilic surfactant 

(# EO greater than 15), as salinity increases, IFT decreases. When IFT is measured 

against DI water with increasing NaCl concentration, the IFT increases (Cai 1996). It is 
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clear that the decrease in IFT is not due to the water or pentane interaction with the salt 

ions but to the surfactants interaction with the salt. The inverse effect is seen with 

Ethomeen C/15 because it is hydrophobic. As salinity increases, the hydrophilic head 

cannot withstand the aqueous phase filled with ions and the surfactants migrate to the 

hydrocarbon phase. This causes the increase in IFT for hydrophobic surfactants.  

 

Figure 4.6 – 0.5 wt% surfactant with varying NaCl concentration.  

This experiment shows that there is a clear trend for the hydrophilic surfactants, 

but this trend is very minute. Increasing the salinity does help with IFT reduction, but the 

change is not big enough to make a drastic difference in capillary pressure. It can also be 

seen that a surfactant with a high affinity for water can not only withstand higher salinity 
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but it also helps decrease the IFT. The list of possible candidate is further reduced to 

Ethomeen C/25, T/25, and T/30. 

4.3.4 ALKANE CARBON NUMBER SCAN 

It is interesting to see how the alkane length of the hydrocarbon phase affects the 

interfacial tension between the two phases. Without surfactant, IFT increases as the 

carbon length increases. This is due to the increasing hydrophobicity of the environment. 

Table ## shows the IFT between DI water and different hydrocarbon at standard 

condition. The results for this experiment show a lot about the HLB balance of the 

surfactant.  

 IFT (mN/m) 

Pentane 50.2 

Hexane 51.1 

Heptane 51.0 

Table 4-5 Interfacial tension data for pure hydrocarbon from cameochemical.noaa.gov. 

Figure 4.7(a) shows IFT as a function of carbon number for the three surfactant 

that passed the salinity scan. Ethomeen C/25 shows a positive slow. As the oleic phase 

becomes more hydrophobic, the IFT is increased. Clearly the hydrophobic portion of the 

molecule is no longer attracted to the hydrocarbon because it is not very hydrophobic. 

For Ethomeen T/25, which is more hydrophobic than C/25, the IFT decreases as the 

alkane length increases. The tail has the capabilities to bond with the hydrocarbon 

because it is more hydrophobic due to the longer carbon chain of the tallow series. 

Ethomeen T/30, on the other hand, has an HLB number between T/25 and C/30. The 
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“optimum” alkane number for it is hexane which means that the surfactant has the perfect 

balance to match the hydrophobicity of hexane and hydrophilic of the aqueous phase. 

Ethomeen C/15 is later measured to see if this trend is due to the HLB nature of the 

surfactant. Figure 4.7(b) shows this trend clearly for C/15, as alkane number increases, 

there is a significant decrease in IFT. C/15 has an HLB of 23.7 while T/25 HLB’s is 24.1. 

The slope for C/15 is also greater than T/25. The shorter tail length of the surfactant is 

more attracted to the shorter carbon chain and thus it has a greater effect on the IFT 

between the aqueous and oil phase.  
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Figure 4.7 – 0.5 wt% surfactant with 2.0 wt% NaCl measure with different hydrocarbons 

for different surfactants. (a) Graph is zoomed in to better see the trends. (b) Graph includes 

C/15. 

If the reasoning for these trends holds true, then it can be expected that Ethomeen 

C/25 will have a lower IFT for the shorter gaseous hydrocarbon. Due to its shorter tail 

length and having less EO groups, C/25 will lower IFT the most between the two phases. 

Agreeably, the reduction in IFT is not significant between the three surfactants, but the 

difference might be more pronounce when it comes to a gaseous phase.  
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4.3.5 PRESSURE SCAN 

All of the previous measurements were measured at atmospheric pressure. 

However, the surfactant will be subjected to a much higher pressure at reservoir 

condition. Shale’s reservoir pressure can be as high as 4,000 psi, but the average reservoir 

pressure is around 1,000 psi (Curtis 2002). A specific high pressure cell and setup is 

designed to test the IFT at higher pressure to observe how pressure affects IFT. There are 

inconsistent results in literature as how pressure would affect IFT with only DI water (Cai 

2006; Jennings 1967; Matubayasi 1977). This thesis measured IFT as a function of 

pressure for a 2 wt% brine solution with pentane and found that IFT increases with 

pressure. The same experiment is then conducted with 0.5 wt% Ethomeen C/25 and 2 

wt% brine. Figure 4.8 shows that IFT decreases with pressure when surfactant is added to 

the aqueous phase. This effect is not significant considering IFT only changed .05 mN/m 

per 100 psi. A theory to explain this trend is that more surfactants are forced to the 

interface between the two phases and this could aid in reduction of IFT. Normally, 

increasing pressure would increase IFT because there are more molecules per unit area 

that are not attracted to each other. Increasing pressure causes more surfactant to migrate 

to the interface and helps reduce the tension between the two phases. 
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Figure 4.8 – 0.5 wt% Ethomeen C/25 and 2 wt% NaCl at 25°C measured in pentane with 

varying pressure. 

IFT does not significantly depend on pressure. Although, it is important to know 

that pressure does not adversely affect IFT. At reservoir condition of 1,000 psi, the IFT 

would only decreased by 0.5 mN/m. This decrease would not significantly affect the 

capillary pressure nor help increase flowback. By performing this experiment, one can 

see that pressure does not degrade surfactant performance but it might help increase 

performance. 
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4.3.6 SUMMARY 

In the third experiments, various IFT measurements are performed with different 

parameters. From the concentration scan, it was established that IFT stopped decreasing 

after 0.25 wt% surfactant. From this result, 0.50 wt% surfactant is used for all the other 

measurements. In the salinity scan, IFT is observed to decrease with increasing salinity. 

This is typical for ionic surfactants according to literature. The HLB number is an 

important method to explain the behaviors for the surfactant in different hydrocarbon. 

The more lipophilic surfactants were able to decrease IFT as the alkane number 

increased, while the more hydrophilic surfactant increased IFT as alkane number 

increased. Because Ethomeen C/25 has a positive trend, it is expected to have a lower 

IFT for gaseous hydrocarbon compared to the other surfactants. C/25 is then used to 

measure IFT versus pressure, and the trend shows that there is a negative slope. As 

pressure increases, IFT decreases.  

All these IFT measurements were able to provide specific trends and 

understanding of the surfactant chemistry, but the changes in IFT were insignificant. The 

differences in IFT are so minute that the optimum surfactant cannot be established from 

these results. By reducing the IFT between pentane from 50 mN/m to 5 mN/m, the 

capillary pressure can also be reduced by a factor of 10. This result is significant and will 

aid in reducing the water trapped in the reservoir and overall gas recovery. 
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CHAPTER 5: CONCULSIONS AND RECOMMENDATIONS 

5.1 CONCLUSIONS 

Four different experiments were performed to narrow down the pool of potential 

surfactant candidates. The first experiment, aqueous stability, helped eliminate 4 

surfactants. From this experiment, it can be seen that the number of EO groups greatly 

influence surfactant solubility. Surfactants with more EO are more soluble in the aqueous 

phase. Increasing salinity, pH and temperature decreases the solubility of the surfactants. 

The pH affects the ionic nature of the amines. At high pH, the amine does not get 

protonated and behaves more like a nonionic surfactant. Surfactants needs to have a 

certain tolerant for salt because fracturing fluid are not always fresh water. Having a 

surfactant that is more adaptable is an added benefit. 

In the phase behavior experiment, a viscous W/O emulsion was observed when 

surfactant is added to the system. A viscous emulsion is beneficial for sweep efficiency, 

but will greatly increase the pressure required to move through the pores. However these 

emulsions are not stable so they will break, and water can move through the previously 

blocked pores. The stability of the emulsion can be alter by the shear rate and can be 

tailor to different situations. 

In the third set of experiments, IFT was measured as a function of concentration, 

salinity, alkane carbon number, and pressure. Interesting trends were observed from these 

measurements, especially the carbon number. The hydrophilic-lipophilic balance of a 

surfactant can be seen through this experiment. Even though Ethomeen T/25, T/30, and 
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C/25 have similar HLB values, they displayed different results. The hydrophilic C/25 

prefers lower carbon number while the more lipophilic surfactant, T/25, prefers higher 

carbon number. Salinity, pressure, and carbon number are not significant parameters 

affecting the IFT with these surfactants. Throughout all these results, the changes in IFT 

between the surfactants are small and would not affect the capillary pressure. But the 

initial change from 50 mN/m to 5 mN/m is a significant alteration which would increase 

water flow back.  

These cationic surfactants are ideal to use for a CO2-foam fracturing in shale gas. 

They can be directly injected into the CO2 phase and flow wherever CO2 flows. The CO2 

will lower the pH of the fracturing fluid and also invert the surface charge of clay from 

negative to positive. This could lead to lower adsorption due to the electrostatic 

repulsion. However, these are no added benefits to pure water fracturing, only when CO2 

is involved. 

The objective of this thesis is to find a CO2 soluble surfactant that will aid in the 

recovery of water by reducing capillary pressure. These surfactants do indeed reduce 

interfacial tension between the hydrocarbon and aqueous phase. However, compared to 

EOR surfactants, the reduction in IFT is not in the ultralow range. Besides for being CO2 

soluble, these surfactants have other positive aspects like high tolerant for temperature 

and salinity and foam/emulsion forming capabilities. Reduction in interfacial tension is 

only a secondary feature for these surfactants. 
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5.2 FUTURE WORK 

The present studies show how surfactants reduce the interfacial tension between 

light hydrocarbons and brine. It would be advantageous to perform the same IFT 

experiments with gaseous hydrocarbon to validate the surface tension reduction 

capabilities of surfactants. The gaseous hydrocarbon would ideally be a mixture of 

methane, ethane, and pentane, but pure methane could be used since it makes up more 

than 90% of the gas. 

To better understand the rheology of the emulsion, experiments determine 

viscosity versus shear rate should be performed. This better helps understand the stability 

of the emulsion and time for it to break down. 

 Finally, a measurement of IFT versus temperature is beneficial to see how 

surfactants react to temperature changes. Generally, increasing temperature decreases IFT 

but it also decreases the effectiveness of the surfactant. This measurement will give a 

better understanding of how temperature affects surfactant under reservoir temperature. 
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