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The main objective of this dissertation is to quantify petrophysical properties of
conventional

and

unconventional

reservoirs

using

a

mechanistic

approach.

Unconventional transport mechanisms are described from the pore to the reservoir scale
to examine their effects on macroscopic petrophysical properties in hydrocarbon-bearing
organic shale.
Petrophysical properties at the pore level are quantified with a new finitedifference method. A geometrical approximation is invoked to describe the interstitial
space of grid-based images of porous media. Subsequently, a generalized Laplace
equation is derived and solved numerically to calculate fluid pressure and velocity
distributions in the interstitial space. The resulting macroscopic permeability values are
within 6% of results obtained with the Lattice-Boltzmann method after performing grid
refinements. The finite-difference method is on average six times faster than the LatticeBoltzmann method. In the next step, slip flow and Knudsen diffusion are added to the
vii

pore-scale method to take into account unconventional flow mechanisms in hydrocarbonbearing shale. The effect of these mechanisms is appraised with a pore-scale image of
Eagle Ford shale as well as with several grain packs. It is shown that neglecting slip flow
in samples with pore-throat sizes in the nanometer range could result in errors as high as
2000% when estimating permeability in unconventional reservoirs.
A new fluid percolation model is proposed for hydrocarbon-bearing shale.
Electrical conductivity is quantified in the presence of kerogen, clay, hydrocarbon, water,
and the Stern-diffuse layer in grain packs as well as in the Eagle Ford shale pore-scale
image. The pore-scale model enables a critical study of the ΔLogR evaluation method
commonly used with gas-bearing shale to assess kerogen concentration. A parallel
conductor model is introduced based on Archie’s equation for water conductivity in pores
and a parallel conductive path for the Stern-diffuse layer. Additionally, a non-destructive
core analysis method is proposed for estimating input parameters of the parallel
conductor model in shale formations.
A modified reservoir model of single-phase, compressible fluid is also developed
to take into account the following unconventional transport mechanisms: (a) slip flow and
Knudsen diffusion enhancement in apparent permeability, (b) Langmuir desorption as a
source of gas generation at kerogen surfaces, and (c) the diffusion mechanism in kerogen
as a gas supply to adsorbed layers. The model includes an iterative verification method of
surface mass balance to ensure real-time desorption-adsorption equilibrium with gas
production. Gas desorption from kerogen surfaces and gas diffusion in kerogen are the
main mechanisms responsible for higher-than-expected production velocities commonly
observed in shale-gas reservoirs. Slip flow and Knudsen diffusion marginally enhance
production rates by increasing permeability during production.
viii
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Chapter 1: Introduction

Evaluation of unconventional attributes of hydrocarbon-bearing shale requires the
study of transport mechanisms from a physical point of view. This dissertation addresses
this subject by attempting to quantify petrophysical properties of rocks in the presence of
conventional and unconventional transport mechanisms. Specifically, a new finitedifference model examines the effects of slip flow and Knudsen diffusion on gas flow,
and the effects of the Stern-diffuse layer on electrical conductivity at the pore level.
Langmuir desorption and diffusion in kerogen are added to a modified reservoir-scale
model to forecast gas production. Here, I review relevant publications about pore-scale
and unconventional petrophysical models and describe research objectives and methods
to study unconventional transport mechanisms at the pore and reservoir scales.

1.1 PORE-SCALE NUMERICAL MODELING OF PETROPHYSICAL PROPERTIES
Modeling fluid flow in porous media is essential in biology, earth sciences, and
engineering. In the earth sciences, fluid flow in porous media is conventionally described
by Darcy’s equation, in which permeability quantifies the ability of rocks to flow fluids
in their interstitial space. Several ways exist to relate permeability to other measurable
properties of porous media such as porosity, pore size distribution, grain size distribution,
and tortuosity (Bear, 1988), and these relationships are used for upscaling. However,
knowledge of the exact topology of the pore network in porous media is essential for
calculating permeability (Banavar and Johnson, 1987; Rocha and Cruz, 2010). There are
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two technological frontiers in the calculation of permeability at the pore scale: accessible
computational resources and retrieving an adequately detailed spatial representation of
the rock. With the increasing computational resources and advances in porous media
imaging capabilities in the last two decades, several pore-scale characterization methods
and numerical models have been proposed to calculate macroscopic permeability
(Banavar and Johnson, 1987; Bear, 1988; Bryant et al., 1993; Pan et al., 2001; Guo and
Zhao, 2002; Rocha and Cruz, 2010).
Recent technological progress has enabled researchers to capture images at the
microscopic detail of porous media (Flannery et al., 1987) and even at sub-micron
resolution (Ambrose et al., 2010; Javadpour et al., 2009a; Larson et al., 2002). Highresolution, three-dimensional, X-ray micro-tomographic images of multiphase porous
media have become widely available over the past decade (Flannery et al., 1987;
Wildenschild et al., 2002). Scanning electron microscopy (SEM), focused ion beamscanning electron microscopy (FIB-SEM), and atomic force microscopy (AFM) are
examples of pore-scale characterization methods at the sub-micron level (Ambrose et al.,
2010; Loucks et al., 2009; Javadpour, 2009a; Schieber, 2010; Sondergeld et al., 2010a).
At the same time, several methods have been developed both to analyze the imaged pore
space and to calculate macroscopic petrophysical properties such as absolute and relative
permeability, formation factor, and nuclear magnetic resonance (NMR) response (AlRaoush and Willson, 2005; Arns et al., 2004; Bryant et al., 1993; Guo and Zhao, 2002;
Jin et al., 2007; Øren and Bakke, 2002; Prodanovic et al., 2006a; Raoof and
Hassanizadeh, 2010; Rothman, 1988; Toumelin et al., 2007; Turner at al., 2004).
Methods for calculation of macroscopic properties are divided into two large classes:
lattice (grid) based and network based. These methods include: the cellular automaton
(Rothman, 1988); the Lattice-Boltzmann method (LBM) (Arns et al., 2004; Guo and
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Zhao, 2002; Jin et al., 2007); the network flow model (Bryant et al., 1993; Constantinides
and Payatakes, 1989; Javadpour and Pooladi-Darvish, 2004; Raoof and Hassanizadeh,
2010); and the random walk (Scheidegger, 1958; Toumelin et al., 2007). In a grid-based
image, cellular automata, which represent fluid (Rothman, 1988), evolve in time with the
implementation of local interaction rules. The Lattice-Boltzmann method (Arns et al.,
2004; Guo and Zhao, 2002; Jin et al., 2007; Succi, 2001) implements kinetic theory to
solve the discrete Boltzmann equations with a scheme similar to cellular automaton.
Network models (Blunt, 2001; Bryant et al., 1993; Celia et al., 1995; Constantinides and
Payatakes, 1989; Javadpour and Pooladi-Darvish, 2004; Raoof and Hassanizadeh, 2010)
simplify the pore geometry details of porous media into pore bodies and pore throats,
usually represented by spheres and cylinders (Bryant et al., 1993), or convergingdiverging geometries (Constantinides and Payatakes, 1989; Javadpour and PooladiDarvish, 2004). Network models require non-trivial processing of the imaged pore space
(Bakke and Øren, 1997; Sheppard et al., 2006) to derive a representative network of
geometrically simplified pores (openings) and throats (constrictions). Pore geometry
simplifications make network models a fast simulation option when compared to other
aforementioned methods, but the oversimplification of exact pore geometries sacrifices
accurate fluid flow calculations. Another approach is direct simulation of the velocity
field in the interstitial space domain by solving the Navier-Stokes (NS) equation in a unit
cell of the porous medium. Thereafter, upscaled (macroscopic) results are intended to
represent those of the original porous media (Javadpour, 2009b; Javadpour and Jeje,
2012b). This approach has the potential to reduce the computational burden of modeling.
In addition, porous media can be modeled as a pack of spherical grains (Jin et al., 2003),
and permeability of the resulting pack can be calculated using the aforementioned
methods (Pan et al., 2001; Jin et al., 2004).
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Pore and throat size distributions are widely used as quantitative descriptions of
pore space. The connection distribution between pores and throats is an important factor
that controls permeability and other petrophysical properties. However, there is no
measurement technique available to determine pore and throat size distributions directly
at the core scale; nevertheless, several indirect experimental techniques exist to infer pore
and throat size distributions, namely, NMR and mercury injection. At the pore scale, it is
possible to render a complete geometrical characterization of a rock and to calculate pore
and throat size distributions directly. Numerical methods for characterization of pore and
throat size distributions include the inscribed sphere method (Silin and Patzek, 2006), the
skeleton extraction method (Prodanovic et al., 2006a), and potential field analysis (Akanji
and Matthai, 2010).
Furthermore, understanding the relative permeability (flow conductivity to a
phase in the presence of other immiscible phases) is crucial for describing flow in most
subsurface systems. Relative permeability, however, is very sensitive to fluid
configurations in the pore space (as opposed to dependence on saturation only). Because
two-phase NS simulations in porous media are computationally demanding, several
methods have sought to circumvent them (Silin and Patzek, 2009). Two-phase lattice
Boltzmann implementations in porous materials are reported by various research groups
(Porter et al., 2009; Ramstad et al., 2010); however, they require intensive computational
resources. Capillary forces (interfacial tension) are dominant in porous media with porethroat sizes smaller than 1 millimeter when modeling both drainage and imbibition, but
the influences of viscosity and gravity are negligible. Complex pore space geometry
together with capillary forces leads to a multitude of history-dependent possibilities,
including disconnections of either wetting or non-wetting phases. Methods such as
invasion percolation (Hilpert and Miller, 2001) or maximal inscribed spheres (Silin et al.,
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2003) use inscribed radius information at each point of the pore space in order to obtain
fluid configurations. They constitute fast and accurate methods for modeling drainage
fluid configurations by inherently assuming simplified spherical interfaces. Prodanovic
and Bryant (2006b) developed the level set method based progressive quasi-static
(LSMPQS) to find drainage and imbibition fluid configurations. This method also works
in the imaged pore space of arbitrary complexity, but it makes no assumptions regarding
the shape of the interface (i.e., finds correct capillarity-dominated interfaces). In terms of
computational complexity, LSMPQS is not as fast as invasion percolation methods, but it
is faster than two-phase LBM methods.

1.2 UNCONVENTIONAL PETROPHYSICAL MODELS FOR UNCONVENTIONAL RESOURCES
Fossil fuels are the most significant sources of energy currently available. Despite
increasing environmental consciousness that aims to diversify energy sources to mitigate
global climate change, fossil fuels will continue to supply the majority of energy
consumption throughout this century (Ground Water Protection Council and ALL
Consulting, 2009). Natural gas is the cleanest fossil fuel, but because it is finite, more
challenging reservoirs must be explored to meet the growing world demand for energy. In
the past few years, there has been renewed interest in source rocks as reservoirs (Gault
and Stotts, 2007; Passey et al., 2010). This trend is driven by the increasing prices of
petroleum and the depletion of conventional reservoirs. Gas-bearing shale strata are
important energy supplies in North America and now in Europe and Asia. However, there
is neither consensus regarding how to calculate petrophysical parameters nor a “standard”
model for quantifying gas production in these formations (Ambrose et al., 2010; Freeman
et al., 2010; Passey et al., 2010; Shabro et al., 2011a; Sondergeld et al., 2010b). Gas
production from shale reservoirs is technically challenging, even though production is
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much higher than was expected from conventional models such as Darcy’s equation
(Ambrose et al., 2010; Freeman et al., 2010; Gault and Stotts, 2007; Javadpour et al.,
2007; Javadpour, 2009a; Kale et al., 2010; Lu et al., 1995; Shabro et al., 2012a;
Sondergeld et al., 2010b). Gas production in these formations has remained mostly
unpredictable, which has elicited their categorization as “unconventional” gas reserves
(Passey et al., 2010). The oil industry requires that more technically focused attention be
given to hydrocarbon-bearing shale and increasingly complex technologies are needed to
produce shale gas efficiently.
Economical evaluation of an unconventional shale reservoir involves estimation
of gas- or oil-in-place, fracture efficiency, and matrix and fracture producibility (Figure
1.1). Gas- or oil-in-place depends on (a) total, interconnected, and organic porosities, (b)
kerogen volume, type, and topology, and (c) water and hydrocarbon saturations. Matrix
permeability, Langmuir desorption from surfaces, and diffusion in kerogen are important
factors when estimating matrix producibility. Fracture efficiency is determined by (a) insitu stress, (b) pore pressure, (c) mechanical properties of the rock, and (d) rock
composition and heterogeneity. Moreover, it is important that natural and induced
fractures do not collapse during the production period and maintain a producible path for
hydrocarbons from matrix to fractures, and then to the wellbore. An economical well
should satisfy all three factors shown in Figure 1.1; however, satisfaction of all three
factors typically invokes a trade-off between their relative influences on total production.
For example, rocks with high kerogen content are favorable due to higher hydrocarbonin-place and higher desorption and diffusion capabilities, but fracturing these formations
is commonly inefficient due to the abundance of kerogen.
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Figure 1.1: Three important mechanisms that influence economic viability of a shale
reservoir.

Hydrocarbon production in unconventional shale reservoirs depends on several
transport mechanisms that are significant at different scales. Figure 1.2 shows the multiscale nature of transport mechanisms in these formations (Javadpour et al., 2007).
Reservoir models are implemented at large scales with resolutions in the range of several
centimeters to meters in order to evaluate a reservoir’s economic viability and to execute
optimal reservoir management. Reservoir models rely on fluid-flow models through
hydrofractures, natural fractures, and matrices. Matrix permeability depends on
microscopic morphology of a rock and pore networks. In addition, matrix permeability
for unconventional shale reservoirs depends on the texture of mineral grain surfaces,
pressure, temperature, gas density, and gas molar mass due to effects of slip flow and
Knudsen diffusion (Javadpour, 2009a). At a smaller scale, Langmuir desorption of gas
from kerogen surfaces becomes important as kerogen volume increases and surface-to-
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volume ratio decreases. Furthermore, the diffusion of gas molecules inside kerogen
enhances production rates by supplying gas to the pore network. At the smallest scale,
interactions between molecules should be taken into account in modeling fluid transport,
which is the focus of molecular dynamics simulations.

wellbore
Reservoir scale

Reservoir Model

Natural and induced
fractures

Upscale

Advection
Pore-scale modeling

No-Slip
Slip

Knudsen diffusion

Gas desorption from
surfaces to pore space

Langmuir desorption

Gas diffusion from
kerogen to surfaces

Molecular diffusion

Figure 1.2: Multi-scale transport mechanisms in shale-gas formations.
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Recent developments in pore-scale characterization methods and advanced
imaging technologies have enabled morphological visualization of localized pore, grain,
kerogen, and clay networks in small shale samples. Focused ion beam-scanning electron
microscopy (FIB-SEM) produces three-dimensional (3D) pore-scale images of shale
formations (Ambrose et al., 2010; Sondergeld et al., 2010a). Other characterization
technologies for shale formations are SEM and AFM, both of which are two-dimensional
(2D) imaging technologies (Javadpour, 2009a; Loucks et al., 2009; Milliken et al., 2013;
Passey et al., 2010; Schieber, 2010).
Permeability of gas-bearing shales has been the main focus of many research
activities (Cui et al., 2009; Javadpour et al., 2007; Javadpour, 2009a; Sakhaee-Pour and
Bryant, 2011; Shabro et al., 2009a; Sondergeld et al., 2010a). Processes such as Knudsen
diffusion and slip flow are significant when pore sizes lie in the nanometer range (Brown
et al., 1946; Cooper et al., 2004; Javadpour et al., 2007; Knudsen, 1934; Roy et al., 2003).
The effects are more pronounced in porous media with smaller pore throat sizes as well
as at low pore pressures. Unlike the conventional notion that permeability is solely
dependent on rock morphology, apparent permeability in these cases also depends on the
texture of mineral grain surfaces, pressure, temperature, gas density, and gas molar mass
(Javadpour, 2009a). The shift from conventional no-slip flow to unconventional transport
mechanisms, such as slip flow and Knudsen diffusion, can be revealed by way of a
transformation in various Knudsen transport regimes. Knudsen number (Heidemann et
al., 1984; Javadpour et al., 2007; Knudsen, 1934) takes into account pressure,
temperature, and gas molecule chemistry to yield a parameter that identifies Knudsen
transport regimes. Figure 1.3 shows that decreasing both pressure and throat size results
in higher Knudsen numbers, which in turn increases the significance of slip flow and
Knudsen diffusion to mass flux and permeability.
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Figure 1.3: Knudsen number (Kn) versus pressure for various characteristic lengths (r).
Slip flow and Knudsen diffusion become important to describe fluid flow
for Knudsen numbers between 0.001 and 0.1. Shale-gas reservoirs lie in this
category.

Gas desorption from kerogen surfaces has been previously modeled by invoking
Langmuir desorption isotherms (Ambrose et al., 2010; Cheng and Huang, 2004; Ross and
Bustin, 2009; Sakhaee-Pour and Bryant, 2011). This flow mechanism maintains reservoir
pressure and increases gas production. The effect of Langmuir desorption is significant in
porous media that exhibit a high ratio of adsorbent surface-to-pore-volume and high
organic matter content (Shabro et al., 2011b). Gas diffusion in kerogen increases the life
of a reservoir by supplying gas to kerogen surfaces and maintaining the Langmuir
desorption rate (Thomas and Clouse, 1990). Langmuir desorption and gas diffusion in
kerogen are gas transport mechanisms that suggest the importance of high organic matter
content in gas-producing shale (Passey et al., 2010; Shabro et al., 2012a).
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Electrical conductivity of shale has been modeled in the presence of organic
matter (Passey et al., 1990; Shabro et al., 2011a), and the Stern-diffuse layer (Revil,
2013; Waxman and Smits, 1968). The validity of Archie’s equation (Archie, 1942)
applying to several formations has been challenged (Haro, 2010; Montaron, 2008;
Montaron and Han, 2009), particularly for gas-bearing shale. Passey et al. (2010) showed
that high organic matter content is an essential petrophysical characteristic of gasproducing shale. Several groups have attempted to correlate total organic carbon (TOC)
with conventional logs (Fertl and Chilingar, 1988; Passey et al., 1990). Passey et al.
(1990) introduced the ΔLogR method to estimate TOC from resistivity and porosity logs.
Clay content is also important in the modeling of electrical resistivity of shale formations
(Passey et al., 2010).

1.3 DESCRIPTION OF THE PROBLEM
Increases in available computational power and advancements in pore-scale
models in the last two decades have improved the estimation accuracy of physical
properties at the pore level. However, modeled samples have not been adequately
representative of large-scale formations thus far. The limiting factors of these models are
both available computational power and simplified physical models. For example, LBM
is a computationally intensive method, and network models oversimplify pore geometries
and diminish pore-scale details of porous media. If a pore-scale modeling algorithm
reduces computational requirements, larger samples can be modeled to achieve a more
accurate representation of a rock. In addition, implementation of various physical
mechanisms at the pore level is valuable for quantifing the relative effects of each
mechanism in pore-scale images.
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A systematic pore-scale study based on current physical understanding of pore
network and transport mechanisms in shale strata is crucial to identify and quantify the
main petrophysical properties and transport mechanisms that control gas production in
these formations. To that end, recent pore-scale characterizations of gas-bearing shale
such as FIB-SEM have advanced the physical understanding of shale morphologies and
the associated fluid transport mechanisms. However, there is no standard workflow to use
available FIB-SEM images along with existing pore-scale methods to quantify
unconventional petrophysical properties in shale strata. In addition, the expensive and
time-consuming nature of these techniques, combined with their extremely small field of
view, significantly limits their practical applicability to determine macroscopic
petrophysical parameters.
Unconventional transport mechanisms such as slip flow and Knudsen diffusion in
gas-shale strata cause variation of permeability when pressure changes; hence,
quantification of these mechanisms becomes important during gas production. In
addition, Langmuir desorption from kerogen surfaces and gas diffusion in kerogen are
major transport mechanisms that affect gas production in gas-shale strata. Dynamic
quantification of Langmuir desorption and gas diffusion in kerogen is invaluable to
evaluate their effect during gas production and when equilibrium conditions do not apply.
The time-varying nature of these unconventional transport mechanisms requires
reservoir-scale modeling of hydrocarbon-bearing shale.
Finally, there is no “standard” method to measure petrophysical properties of
unconventional reservoirs such as total, interconnected, and organic porosities, kerogen
content, irreducible water, and residual hydrocarbon saturations. Moreover, available
petrophysical interpretation methods for estimating these parameters have shown large
discrepancies when compared to each other (Passey et al., 2010). A comprehensive pore-
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scale study is needed to verify petrophysical interpretation methods accurately.
Specifically, quantification of the electrical conductivity of rocks in the presence of
organic matter, clay minerals, water, hydrocarbon, and the Stern-diffuse layer could
verify various fluid saturation models such as Archie’s and Waxman-Smits’ equations
(Archie, 1942; Waxman and Smits, 1968).

1.4 RESEARCH OBJECTIVES
The main objectives of this dissertation are: (a) to develop a fast pore-scale
method for characterizing petrophysical properties of porous media; (b) to implement
unconventional physical transport mechanisms at the pore level to quantify the effect of
each mechanism; (c) to model the transport mechanisms that cause gas production in
hydrocarbon-bearing shale at the reservoir scale; and (d) to evaluate the ΔLogR
evaluation method as well as Archie’s and Waxman-Smits’ fluid saturation models for
unconventional shale reservoirs. The aforementioned objectives are addressed by a
physics-based approach in which all presented models are based on physical principles
rather than on qualitative correlations between parameters.
Pore-scale models should ultimately be able to calculate macroscopic
petrophysical properties of representative rock images efficiently using available
computational resources. Additionally, the models have to be flexible enough to address
various phenomena such as unconventional gas flow in tight formations and diffusion in
rock matrices and pores. The following assumptions and capabilities are considered when
developing pore-scale models:
1. Pore-scale images of rock from grain packs, X-ray microtomography, or FIBSEM represent rock samples in 3D Cartesian space.
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2. The pore-scale algorithm invokes the solution of a finite-difference problem.
3. Physical equations relating a property at each grid to those of neighboring
grids define the finite-difference problem.
4. The pore-scale algorithm handles staggered grids. Hence, different properties
are calculated at the center and faces of each grid.
5. Dirichlet or Neumann boundary conditions are implemented at grid surfaces.
6. Streamlines may be traced at the pore level based on physical properties at
each grid after solving the finite-difference problem.
7. Local physical mechanisms could be modeled in grains as well as in pores.
The pore-scale algorithm will be used to quantify the following properties of
porous media:


Absolute permeability,



Saturation-dependent relative permeability,



Gas permeability in tight-gas and shale-gas strata accounting for the effects of
Knudsen diffusion, no-slip and slip flows, and Langmuir desorption, and



Saturation-dependent electrical conductivity in the presence of kerogen, clay
minerals, water, the Stern-diffuse layer, and hydrocarbon.

Time-dependent physical mechanisms such as Langmuir desorption from kerogen
surfaces and gas diffusion in kerogen should be modeled at the reservoir scale to quantify
the effect of each underlying transport mechanism on gas production. I invoke a
conventional one-dimensional (1D) single-phase compressible reservoir model and take
into account the following transport mechanisms:
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1. Effects of slip flow and Knudsen diffusion on apparent permeability,
2. Gas generation at the surface of kerogen due to Langmuir desorption, and
3. Gas diffusion from the kerogen body to the kerogen surface and supply of gas
to kerogen surfaces.
Reservoir modeling results should quantify the contribution and importance of each
petrophysical property and transport mechanism during gas production.
Finally, electrical conductivity of pore-scale images should be modeled in the
presence of kerogen, clay minerals, water, hydrocarbon, and the Stern-diffuse layer to
reflect realistic electrical conduction models in hydrocarbon-bearing shale. Electrical
conductivity simulation results would allow for a critical study of the ΔLogR evaluation
method as well as Archie’s and Waxman-Smits’ fluid saturation models.

1.5 METHOD OF CONDUCTING RESEARCH
Results presented in this dissertation are based on numerical simulations of
porous media from the pore scale to the reservoir scale. These methods allow researchers
to calculate macroscopic petrophysical properties of rocks and to quantify effects of
various transport mechanisms.
The developed pore-scale algorithm is implemented with a finite-difference
scheme in Cartesian space. It invokes a new geometrical pore approximation to delineate
geometrical properties of pore-scale images. Next, geometrical properties are used to
calculate local fluid flow resistances at each grid and to invoke a generalized Laplace
equation. Finally, the solution of this equation provides physical properties such as spatial
distribution of pressure and fluid velocity in the interstitial space domain. The model

15

allows one to enforce slip boundary condition on grain surfaces at various fluid flow
regimes with applications in natural and artificial nano-porous media. Electrical
conductance of each constituent in a pore-scale image is assigned to each numerical grid
to model macroscopic electrical conductivity. Similarly, a Laplace equation is solved to
calculate potential field and electrical current in porous media. Given the fluid velocity or
electric current distribution calculated with the pore-scale algorithm, pore-scale
streamlines can be traced using the same tracking approach described by Datta-Gupta and
King (2007).
The following steps were taken to develop the new pore-scale algorithm:
1. Introduce a geometrical pore approximation of the largest inscribed radius and
distance to the closest wall,
2. Define local resistances to fluid flow or electrical current at each numerical
grid,
3. Formulate transport mechanisms based on local resistances using a finitedifference method in Cartesian space,
4. Solve the resulting generalized Laplace equation to calculate the spatial
distribution of pressure or potential field in porous media,
5. Optimize the conjugate gradient solver by taking into account the sparse
structure of matrices stemming from the generalized Laplace equation,
6. Calculate fluid flow or electrical current in the interstitial space of porous
media from pressure and potential fields, respectively,
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7. Calculate macroscopic permeability or electrical conductivity of samples by
combining fluid flow or electrical current at each grid in a cross section,
respectively,
8. Track pore-scale streamlines from finite-difference modeling of pressure and
potential fields,
9. Introduce a new streamline-based method to calculate pore and throat size
distributions,
10. Account for the effects of Knudsen diffusion and slip flow on local resistances
to fluid flow in addition to conventional no-slip flow mechanism to simulate
unconventional flow mechanisms in nano-porous media,
11. Implement gas desorption and adsorption to grains to quantify the
corresponding effect on permeability,
12. Prepare FIB-SEM images of a hydrocarbon-bearing shale sample,
13. Calculate the electrical conductivity of the FIB-SEM image in the presence of
kerogen, clay minerals, water, hydrocarbon, and the Stern-diffuse layer, and
14. Verify modeling results with available published data, other models, or
experiments.
In the next step, I upscale the effects of unconventional flow mechanisms in
shale-gas formations to the reservoir scale and quantify the effect of each underlying
mechanism during gas production. In particular, the following flow mechanisms are
taken into account in a modified reservoir-scale model:


1D conventional radial reservoir model of compressible gas flow in porous
media,
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Effects of Knudsen diffusion and slip flow on apparent permeability,



Langmuir desorption from kerogen surfaces as a source of gas, and



Gas diffusion from kerogen body to kerogen surface.

1.6 DISSERTATION OUTLINE
This dissertation introduces new pore-scale and reservoir-scale methods for
estimating petrophysical properties of conventional and unconventional reservoirs.
Specifically, the effects of slip flow and Knudsen diffusion on gas flow, Langmuir
desorption and diffusion in kerogen on gas production, and the Stern-diffuse layer on
electrical conductivity are quantified at the pore and reservoir scales. The introductory
chapter reviews relevant publications about pore-scale and unconventional petrophysical
models. Subsequently, I describe the main motivations, research objectives, and methods
for the study of unconventional transport mechanisms at pore and reservoir scales.
Chapter 2 introduces a new pore-scale modeling algorithm based on the finitedifference method to improve the efficiency of current lattice-based pore-scale methods
while enabling model flexibility to implement various physical processes and boundary
conditions. Permeability results are compared to those obtained with other pore-scale
methods. The computational efficiency of the algorithm is scrutinized by studying the
effects of grid refinement.
In Chapter 3, Knudsen diffusion and slip flow are added to the pore-scale model.
Fluid properties as well as pore sizes and morphologies are varied to quantify the effect
of these transport mechanisms on apparent permeability when pore and throat sizes are in
the range of nanometers. The pore-scale algorithm calculates pore-throat sizes and
apparent permeability in FIB-SEM images of an Eagle Ford shale sample.
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Chapter 4 develops a modified reservoir model to take into account Langmuir
desorption from surfaces. The model is implemented in both a cylindrical tube and a 1D
radial reservoir to quantify the effect of desorption during gas production from first
physical principles of the Langmuir desorption mechanism. Apparent permeability at the
reservoir scale is obtained from pore-scale modeling of porous media in the presence of
Knudsen diffusion and slip flow.
Chapter 5 adds the effect of gas diffusion in kerogen to the modified reservoir
model. Kerogen properties such as TOC, porosity, and diffusion constant are varied to
quantify the contribution of gas diffusion in kerogen to total gas production.
In Chapter 6, the pore-scale model quantifies electrical conductivity of images at
the pore level. This chapter also introduces a new fluid percolation method for analyzing
hydrocarbon-bearing shale formations. The effect of kerogen volume and maturity on
electrical conductance is studied using FIB-SEM images and grain packs. Electrical
conductivity results are compared to those obtained with several petrophysical models. A
new petrophysical model is developed using the simulated results to relate fluid
saturations, water conductivity, the Stern-diffuse layer conductivity, and two formation
factors to macroscopic electrical conductivity.
Finally, Chapter 7 summarizes the research achievements and contributions of the
dissertation. Conclusions are based on numerical modeling of conventional and
unconventional transport mechanisms, and recommendations are provided for future
research.
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1.7 LIST OF PUBLICATIONS
Several of the research projects described in this dissertation have been published,
presented, or submitted for peer review in several journals and conferences. Additional
journal and conference papers stemmed from collaborations with other members of The
University of Texas at Austin’s Formation Evaluation group, comprising applications of
the methods developed in this dissertation.
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Chapter 2: Finite-Difference Geometrical Pore Approximation Method

I introduce a finite-difference method to simulate pore scale steady-state creeping
fluid flow in porous media. First, a geometrical approximation is invoked to describe the
interstitial space of grid-based images of porous media. Subsequently, a generalized
Laplace equation is derived and solved to calculate fluid pressure and velocity
distributions in the interstitial space domain. I use a previously validated LatticeBoltzmann method (LBM) as ground-truth for modeling comparison purposes. The
presented method requires on average 17% of the CPU time used by LBM to calculate
permeability in the same pore-scale distributions. After grid refinement, calculations of
permeability performed from velocity distributions converge with both methods, and the
modeling results differ within 6% from those yielded by LBM. However, without grid
refinement, permeability calculations differ within 20% from those yielded by LBM for
the case of high-porosity rocks and by as much as 100% in low-porosity and highly
tortuous porous media. I confirm that grid refinement is essential to secure reliable results
when modeling fluid flow in porous media. Without grid refinement, permeability results
obtained with the presented modeling method are closer to converged results than those
yielded by LBM in low-porosity and highly tortuous media. However, the accuracy of the
presented model decreases for pores exhibiting elongated cross-sections with high aspect
ratios.
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2.1 INTRODUCTION
When modeling fluid flow in porous media with the objective of estimating
macroscopic flow properties such as permeability, one can choose to use network
modeling or direct simulation of fluid flow in the imaged pore space. Absolute and
relative permeability are regarded as the most fundamental pore-scale properties (Bear,
1988) since they are inputs to large-scale reservoir simulations. The objective of this
chapter is to introduce and validate methods for calculating image-based permeability.
I propose a new and fast method for modeling fluid flow in porous media, which I
refer to as finite-difference geometrical pore approximation (FDGPA). In this model,
geometrical parameters are defined in the interstitial space domain to characterize porescale images. The method calculates a local fluid flow resistance value based on the
smallest distance to the confining wall and the effective largest inscribed radius. Local
fluid flow resistance values are used in a generalized Laplace equation to calculate the
distributions of pressure and fluid velocity in the interstitial space domain. The presented
method relies on the geometrical pore approximation algorithm to take into account the
viscous forces exerted from the confining wall on the fluid instead of directly solving the
NS equation at the pore space. Approximation of pore geometry and local fluid flow
resistances allows fast calculation of the distributions of pressure and fluid velocity in the
interstitial space domain; however, the approximation theoretically introduces an error in
calculation of permeability in porous media. I apply the geometrical pore approximation
with two-dimensional (2D) cross-sections in three Cartesian directions. Threedimensional (3D) structures of digital images are taken into account via the effect of local
fluid flow resistances at neighboring grids. The simplification of 3D structures introduces
an additional source of error in theory. Section 2.6 and Appendix A discuss the accuracy
of the presented model. The approximation method is accurate in circular cross-sections,
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but the margin of error reaches 50% in cross-sections with elongated conduits of fluid
flow.
Given the fluid velocity distribution output by FDGPA, one can trace pore-scale
streamlines using the same streamline tracking approach described by Datta-Gupta and
King (2007). The finite-difference method allows one to define complex inner boundary
conditions on the surface of mineral grains. For example, the model allows us to enforce
slip boundary conditions on grain surfaces at various fluid flow regimes (Shabro et al.,
2009a) with applications to natural (Javadpour et al., 2007; Javadpour, 2009a) and
artificial (Roy et al., 2003) nanoporous media.
In what follows, I describe grid-based images representing porous media and
introduce a new method to approximate pore geometries and to model fluid flow using a
finite-difference approximation. I verify FDGPA with the analytical solution of regular
pore geometries. Subsequently, modeling results are validated by comparing them to
results obtained with LBM for the same images. Next, I discuss the effects of grid
refinement for FDGPA and LBM modeling results in the cases of low-porosity and highporosity porous media. Finally, the two methods are appraised in terms of accuracy and
the required computational resources for calculation of permeability.

2.2 DIGITIZED POROUS MEDIA
I use 3D grid-blocks in Cartesian coordinates to describe spatial pore-scale details
of permeable media. Each grid-block is either a pore or a grain. The 3D grid-blocks are
obtained from numerical grain pack simulations (Silin et al., 2003) or from X-ray microtomographic images (Jin et al., 2007; Shabro et al., 2010). To construct a numerical grain
pack, a grain-radius distribution between 5 μm and 30 μm is employed as described in
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Table 2.1. After 100 compaction steps, 1573 spherical grains are generated in a
300×300×1000 μm3 box and subsequently compacted into a 300×300×352 μm3 box.
Table 2.1 describes the resulting quantitative and volumetric distributions. Figure 2.1
shows a schematic of the resulting pack. In the next step, the first 50 μm portion on each
side of the pack is disregarded to avoid the pack boundaries. In addition, the numerical
grain pack portions between 50 μm to 250 μm in the X, Y, and Z directions are digitized
using a 2 μm grid size, which results in 106 grid blocks. Grid size should be smaller than
one-fifth of the smallest grain diameter to accurately describe pore image details. The
resulting pack (Case No. 1) has a porosity of 37.7%. I implement numerical uniform
cementation (Silin et al., 2003) on the grains to reduce the porosity to 14.5% (Case
No. 2). These two samples are adequate to illustrate and appraise the capabilities of the
simulation model. Furthermore, I use X-ray micro-tomographic images of natural rocks,
namely, dolomite, quartzose sandstone, Fontainebleau sandstone and Berea sandstone
(Jin et al., 2007; Shabro et al., 2010) to compare the FDGPA model and LBM results.

Grain radius (μm)

Table 2.1:

Quantitative

Volumetric

5

56%

3%

10

27%

12%

20

14%

46%

30

3%

40%

Summary of grain-size distributions for a synthetic pack.
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Z (μm)

X (μm)

Y (μm)

Figure 2.1: Grain pack (Case No. 1) constructed within a cube with the distribution of
grain sizes described in Table 2.1.

2.3 CONSERVATION OF MASS AND MOMENTUM EQUATIONS
I digitize a combination of the mass conservation and momentum transfer
equations using a finite-difference stencil and assuming creeping and incompressible
fluid flow with no-slip inner boundary conditions in the interstitial space domain. These
conditions allow for disregard of the effects of inertia and fluid compressibility. The
solution invokes Neumann’s boundary conditions at the grain-pore surface and finite
pressures at both inlet and outlet.
Conservation of mass under the assumption of no sink or source and
incompressible fluid gives rise to
 J  0 ,

(2.1)
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where J is mass flux. Equation 2.1 states that the algebraic summation of the influx and
outflow of each grid is equal to zero.
In theory, one can use the NS equation along with mass conservation to predict
the spatial distribution of fluid velocity in porous media using appropriate boundary
conditions (Landau and Lifshitz, 1987). However, complex pore geometries in porous
media make the solution computationally intractable. I first divide the irregular pore
geometries to the form of many interconnecting cylindrical pores. Then, I use the
analytical solution of the NS equation for cylindrical pore geometry for each pre-defined
cylindrical section. Accordingly, in a cylindrical tube with no-slip conditions on the inner
wall, the momentum flux distribution is given by
P P 

 rz   2 1    r  rg  ,
 2L 

(2.2)

where τrz is the z-momentum across a surface perpendicular to the radial-direction, r is
the tube radius, rg is the radial distance from the inner wall, P1 and P2 are pressures at the
inlet and outlet of the tube, respectively, and L is the length of the tube. Subsequently,
fluid flux in a tube is modeled by the so-called Hagen-Poiseuille equation:
J z  R 2

 P2  P1
,

8
L

(2.3)

where Jz is mass flux over the axial tube cross-section (z-direction), ρ is average fluid
density at Pavg[=(P1+P2)/2], and μ is fluid viscosity.
I hypothesize that Equation 2.2 is applicable in cross-sections of pore-scale
images with complex geometries provided that r and rg are defined by the geometrical
pore approximation method (Section 4). Through the use of this hypothesis, the proposed
model approximates fluid flow in porous media and provides an alternative approach to
LBM to calculate permeability in digital images. It is notable that the hypothesis
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simplifies the physical principles of fluid flow in order to solve for fluid flow in irregular
flow paths of digital images within a practical time frame.
Based on molecular kinetic theory, viscous forces in a fluid are caused by
molecular interactions between various layers of the fluid with different velocities and
confining walls with zero velocity and no-slip boundary conditions (Bird et al., 2002).
The collective effect causes the fluid to resist movement against the applied pressure.
This phenomenon is simplified in Darcy’s equation by assigning viscosity as the effective
fluid property and permeability as the geometrical consequence of confining walls in
porous media. The technical rationality of the presented model is based on assigning
relevant momentum to each part of the fluid according to its position in the cross-section.
I assume that momentum at each grid is a function of the grid distance to the nearest
confining wall. Momentum decreases and fluid velocity increases as a grid-block recedes
away from the wall, where there are more layers of fluid hindering the wall effect. In
doing so, the resulting momentum is translated to a relevant coefficient in Equation 2.3

for each grid-block, which I refer to as the weighting vector, w . The weighting vector is
linked to local fluid flow resistance in each grid. The approximation method assumes that
the nearest confining wall provides the dominant viscous force. The smallest distance to
the confining wall and the effective largest inscribed radius are used to calculate local
fluid flow resistance. The approximation is exact for a circular tube; however, it
introduces error for a non-circular tube as the geometry of the entire confining wall is
important in calculating local fluid flow resistance in each grid. Appendix A
demonstrates that the maximum error occurs when modeling fluid flow in a confined
image with elongated pore cross-sections using the geometrical pore approximation
algorithm. In addition, local fluid flow resistance is calculated separately in three
directions. The 3D structures of digital images are taken into account through the
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interaction of neighboring pressure with the local fluid flow resistance values calculated
in three cross-sections.

2.4 GEOMETRICAL PORE APPROXIMATION

The weighting vector ( w ) uses two parameters: the effective largest inscribed

radius, rmax, and the distance to the pore wall, rg. Accordingly, the weighting vector ( w ),

rmax and rg are defined for all grid-blocks representing pores; dmax and d are digital
equivalents of rmax and rg, respectively. These parameters are calculated at the crosssections perpendicular to all X, Y, and Z directions for all grid-blocks representing pores.
A calibration function, fc(dmax), is also defined which is used in the fluid flow model as
discussed in Section 2.5. The center of each grid is taken as the local coordination point
and the listed parameters are quantified in grid-size units.
To find d in each grid, its value is initialized to 1 which is the value for a pore
surrounded by grains in all face sides. Next, I check all the outpost grids within a distance
d of the original grid. If all the outpost grids are pores, then d is incremented an amount
of 0.5; if not, the current value of d is taken as final. At the end, if d is 1, I assign 0.5
when all the outpost grids are grains (Figure 2.2a), and assign 1 if there is at least one
grain in the surrounding grids. This corrective criterion discriminates an isolated pore
within mineral grains from a pore with at least one open face. Figure 2.3a shows a
flowchart of the algorithm. The values of d in all grids representing grains are zero.
I use the calculated d values to find dmax for each grid. The algorithm compares
the d value for the grid of interest to the d values in all neighboring grids. If the grid of
interest has the highest d value, dmax is equal to d; if not, dmax is equal to the dmax of the
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neighboring grid with the highest d value. This recursion is implemented as described by
Figure 2.3b. Again, the values of dmax in all the grain grids are zero.
The smallest possible cross-sections which result in different dmax values are
shown in Figures 2.2a, 2.2b, and 2.2c for dmax=0.5, 1.5 and 3, respectively. The area of
such cross-sections in grid-size units, S(dmax), defines the relevant rmax as

rmax  d max   S  d max  /  .

(2.4)

This value is the equivalent tube radius with the same cross-sectional area. Likewise, in
the same smallest possible cross-sections the calibration function (fc) is given by

f c  d max  

S ( d max )

  2d

max

d d2.

(2.5)

Figure 2.2 shows the values of d, dmax, rmax and fc(dmax) for five different pore geometries
and sizes.
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Figure 2.2: Geometrical pore approximation on several cross-sections. (a), (b), and (c)
show the smallest possible cross-sections which result in dmax equal to 0.5,
1.5 and 3, respectively. In each item, the numbers in the cross-section
represent d; other parameters are also shown in each block. In (d) and (e),
arbitrary cross-sections are shown with the engraved relevant d. There are
three and four regimes with different dmax in (d) and (e), respectively, which
are indicated with different colors.
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c)

a)

b)

Figure 2.3: Flowcharts of the algorithms used in this chapter to calculate (a) the distance
of a point within the porous medium to the closest grain boundary, and (b)
the effective maximum inscribed radius in a pore. (c) Flowchart of the
developed finite-difference method, FDGPA.
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2.5 FLUID FLOW MODEL AT THE PORE SCALE
Following Equations 2.2 and 2.3, I define the weighting factor (w) for each cross
section perpendicular to the X, Y, or Z directions in each grid as
w  rmax

2

  2d max d  d

8
f c  d max 

2

.

(2.6)

The weighting factor represents local fluid flow resistance in each grid for each direction.
Note that Equation 2.6 is analogous to the local function of fluid flow velocity in a tube,
namely,

r 2  2rrg  rg
v  rg  

8
r2

2

P P ,
2

1

(2.7)

L

where v is the local fluid velocity in a tube with radius equal to r at distance rg from the
tube wall. Further, if two pore grids share a face, the weighting factor in the applicable
direction is calculated as the arithmetic average of the two respective weighting factors in

each pore grid. Thus, the weighting vector, w , has 6 elements for each grid, in the X-, X+,
Y-, Y+, Z-, and Z+ directions.
I define mass flux for each direction at a grid face as

J  w   P2  P1  / L

(2.8)

and substitute it in Equation 2.1 for each grid to construct a generalized Laplace equation
of the form

 w   P   0 .

(2.9)

Neumann’s boundary condition at grain boundaries is implemented by imposing
null flow across grain boundaries or equivalently setting the weighting factor, w, to zero
in the direction facing the grain. Initial pressures are set at the inlet and outlet faces via
additional external grid-blocks facing the grid-blocks of porous media. Using central
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difference derivations, the finite-difference method results in the linear system of
equations
  
A P  B ,
(2.10)



where A is a septa-diagonal matrix, representing the relevant w for all grids, and B

represents the inlet and outlet pressures. A has a matrix dimension equal to the square of

the total number of grids and B is a vector array with the number of grid elements. If I
remove isolated pores which are not connected to the flow path (hence their pressure is

not identifiable), A becomes symmetric positive-definite. Consequently, Equation 2.10 is
solved via the conjugate gradient method (Shewchuk, 1994) to calculate the pressure
distribution in the interstitial space. I further decrease the CPU time associated with the

conjugate gradient solver by taking into account the septa-diagonal structure of A . Mass
flux and velocity field for all of the grids are then calculated using Equations 2.6 and 2.8.
Finally, Darcy’s equation is used to calculate permeability, k, from the calculated total
flux, Jtot, in the model, i.e.,
J tot 

 LJ tot
k  P2  P1
.

k

L
  P2  P1 

(2.11)

Figure 2.3 shows flowcharts for the model algorithms. When the spatial
distribution of pressure and, subsequently, the spatial distribution of fluid velocity are
calculated, pore-scale streamlines are drawn using the streamline tracking approach
described by Datta-Gupta and King (2007).
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2.6 RESULTS AND DISCUSSION
2.6.1 Model Comparison and Validation
I now discuss results obtained with FDGPA and compare them to LBM results to
verify the validity and accuracy of the model. LBM simulates fluid flow in porous media
using assumptions similar to those of FDGPA: steady-state condition, incompressible
creeping flow, no-slip and no-flow boundary conditions at the pore-grain surfaces, and
constant inlet and outlet pressures. To this end, I use the D3Q19 LBM model
implemented by UT Austin’s Pore-Level Petrophysics Toolbox 1.00 (Jin et al., 2003; Jin
et al., 2007) using the relaxation parameter, τ, equal to 0.65. The latter LBM software has
been tested with experiments (Jin et al., 2007) and was compared to other pore-scale fluid
flow modeling software (Shabro et al., 2010). Additionally, the accuracy of LBM has
been previously verified elsewhere (Arns et al., 2004; Jin et al., 2007) and I use it as
ground-truth for the modeling purposes.
Figure 2.4 shows permeability results obtained for Case No. 1 using both LBM
and FDGPA. Relative differences between permeability results obtained with the two
methods are lower than 25%. Permeability variations vs. cubic sample size and
directionality confirm the heterogeneous and anisotropic nature of porous media.
Moreover, I compared 81 CT-scan images of various rocks with sizes between 603 to
1503 grids (Figure 2.5). The majority of the comparisons shown in Figure 2.5 indicate
differences below 20% between the two methods; samples with low porosity and high
tortuousity entailed differences higher than 20% as shown in Figure 2.6. Appendix A
entails the model comparison with the available analytical expressions in regular shapes.
Next, I consider cases of low porosity and highly tortuous samples.
Additional comparisons between lattice-Boltzmann and finite-difference based
codes for simulation of single-phase flow independently developed by various research
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groups (Arns et al., 2004; Jin et al., 2007) are shown in Figures 2.7 and 2.8 for X-ray
micro-tomographic images of various samples. The results from the different methods
indicate errors within a range of 20% in all cases under investigation (Figures 2.7 and
2.8).
I estimate the permeability in three rock images using FDGPA and LBM to
compare the two models in moderate conditions of porosity and tortuosity. Figure 2.9
shows the 3D schematic of three rocks namely, Limestone, Dolomite and Fontainebleau
sandstone and Table 2.2 summarizes the permeability results for these three rock images
in the X, Y, and Z directions, with and without grid refinement. The differences between
the permeability values estimated by the models are below 20% for all the three rock
images. After three levels of grid refinement in the Limestone sample, the permeability
values calculated by the two models are within 5% disparity. The permeability is
estimated in the original image for Dolomite and Fontainebleau sandstone and the
permeability results differ between 0% to 17% for these three rock images. In
comparison, Kumar (2009) reported k=3 D for Fontainebleau sandstone and k=0.9 D in
larger, sister samples of dolomite. The modeling results are in agreement with the
experimental values on larger, sister samples of the imaged ones.
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Figure 2.4: Permeability calculations performed with LBM and FDGPA for Case No. 1
with porosity = 37.7%. Relative differences between results obtained with
the two methods are lower than 25% in all cases.

39

Permeability calculated by FDGPA (D)

7
6
5
4
3
2
1
0
0

1

2
3
4
5
Permeability calculated by LBM (D)

6

7

Figure 2.5: Comparisons between permeability calculations performed with FDGPA
and LBM for 81 pore-scale images with sizes between 603 to 1503 grids.
The dashed line represents a perfect match, while red lines show 20%
difference margins. Calculations in the majority of experiments exhibit
differences lower than 20% between the two methods. However, in low
permeability cases which occur in low-porosity, highly tortuous images,
FDGPA yields higher permeability values than LBM, with differences
higher than 20%.

40

10
9

Number of occurence

8
7
6
5
4
3
2
1
0

0

20
40
60
80
100
Relative difference between FDGPA and LBM permeability results (%)

Figure 2.6: Histogram of permeability differences between the two models for the 81
samples shown in Figure 2.5.
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Figure 2.7: Comparison between the absolute permeability results of FDGPA (Shabro et
al., 2012b) and LBM/PLPT (Jin et al., 2007) for the 1253 images of
Fontainebleau sandstone. The dashed line represents a perfect match, while
red lines show 20% difference margins.
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Figure 2.8: Comparison between the absolute permeability results of two respective
LBM implementations, LBM/PLPT (Jin et al., 2007), and LBM/MPI (Arns
et al., 2004). The dashed line represents a perfect match, while red lines
show 20% difference margins.
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Figure 2.9: 3D schematics of X-ray images of (a) Limestone with 603 grids, grid size
equal to 4.64 µm and porosity of 23.5% (b) Dolomite with 1253 grids, grid
size equal to 3.5 µm and porosity of 20.2% (c) Fontainebleau sandstone with
1253 grids, grid size equal to 3.5 µm and porosity of 19.8%. Pore space is
shown with blue blocks. Table 2.2 shows the permeability results for these 3
images using both FDGPA and LBM, and with grid refinement.
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Limestone
Permeability
using
FDGPA
in the X, Y and
Z directions

the original
image

Dolomite

Fontainebleau
sandstone

2.51, 1.22, 2.11 0.539, 1.74, 0.932 2.27, 2.71, 1.23

grid refinement
2.01, 1.10, 1.69
level 2
grid refinement
1.93, 1.06, 1.47
level 3

(D)

grid refinement
1.91, 1.05, 1.38
level 4
Permeability
using
LBM
in the X, Y and
Z directions
(D)

the original
image

2.73, 1.23, 2.30 0.550, 1.86, 0.773 2.36, 2.24, 1.23

grid refinement
2.17, 1.10, 1.80
level 2
grid refinement
2.04, 1.06, 1.57
level 3
grid refinement
1.99, 1.05, 1.45
level 4

Table 2.2:

Summary of permeability results obtained when using both FDGPA and
LBM for the three rock images shown in Figure 2.9.
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2.6.2 Grid Refinement
Sensitivity analysis was performed with both FDGPA and LBM for the case of
grid refinement. Several levels of grid refinement were considered for FDGPA and LBM
on a 403 sample size using Cases No. 1 and 2. Grid refinements from 2 to 5 levels
indicate that each grid point in the original image is refined to 8, 27, 64, and 125 grid
points in the new images, respectively. Figure 2.10 shows that grid refinement is
necessary to ensure convergence of results. Four levels of grid refinement was deemed
sufficient to ensure convergence in the case of LBM (Thürey et al. 2006). In all cases
described in Figure 2.10, permeability results obtained with FDGPA and LBM converge
with differences between 0% and 6% after 4 and 5 levels of grid refinement. It is notable
that, without grid refinement, differences vary between 9% and 14% for Case No. 1, and
between 73% to 100% for Case No. 2.
In Case No. 1 (Figure 2.10a), all grid refinement levels cause a decrease of
permeability except for one of the LBM results. In Case No. 2 (Figure 2.10b), which
comprises low porosity with tight, tortuous paths, LBM does not find connecting paths
between the inlet and outlet and shows zero permeability in two cases without grid
refinement. Permeability results increase when grid refinement is implemented with
LBM in Case No. 2. By contrast, FDGPA calculates permeability more accurately
without grid refinement in these low-porosity and highly tortuous example cases. FDGPA
permeability results consistently decrease when grid refinement is performed for both
high and low porosity samples. Grid refinement leads to more accurate enforcement of
the parabolic flow distribution in the fluid models, which in turn causes a decrease of
permeability results. However, the increase in LBM permeability results is due to the
implicit requirement to have several pore grids in a throat to establish connection. If a
path is connected with only one grid at some point in the image, LBM does not calculate
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the path. Figure 2.11 shows the morphology of the sample in Case No. 2 and the resulting
pore-scale streamlines in all directions. It is evident that there is a connecting path
between the inlet and outlet in all three directions. In the X and Y directions, the flow
inevitably should be established through a tight path. This behavior results in zero
permeability from LBM without grid refinement. However, the flow path in the Z
direction is wide enough for LBM to enforce a connecting path without grid refinement.
When investigating pore-scale images of tight formations such as shales, it is
important to consider LBM grid refinement effects to establish tight connecting paths.
Even though in high porosity samples the paths with large throat sizes dominate flow, the
tight paths are also important; e.g. in Figure 2.10a LBM permeability calculations in the
X direction increase in the first step of refinement due to enforcement of tight paths.
Conversely, grid refinement effects on permeability calculations performed with FDGPA
are consistent for all cases. Figure 2.10 shows that permeability calculations decrease
between 16% and 23% for Case No. 1 and between 37% to 49% for Case No. 2 when
grid refinement is performed in FDGPA; however in LBM, permeability calculations
decrease between 6% and 36% for Case No. 1, and increase 133% for Case No. 2 in the Z
direction when performing grid refinement. Modeling Case No. 2 yields zero
permeability in the X and Y directions of the original image when calculations are
performed with LBM.
The Cases No. 1 and 2 represent the extreme cases of high porosity and highly
tortuous rocks, respectively. I observe that FDGPA has an advantage over LBM in low
resolution images. Tortuous paths with tight connections and unfavorable orientation
compared with the global pressure gradient (implemented as a body force) might yield
zero permeability in LBM while the actual permeability is small but finite. In contrast,
FDGPA checks all possible connections from the inlet to the outlet.
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Figure 2.10: Permeability results obtained after 5 grid refinement levels with FDGPA
and LBM in the X, Y, and Z directions. Each calculation refines a grid point
to 8, 27, 64, and 125 grid points for grid refinement levels 2, 3, 4, and 5,
respectively, where level 1 indicates calculation without grid refinement. (a)
and (b) correspond to samples in Cases No. 1 and 2, respectively. In all
cases I observe that LBM and FDGPA calculations converge after 4 grid
refinement levels.
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Figure 2.11: (a) 3D schematic of Case No. 2. Pore space is shown with blue blocks.
Sample size is 403 grids with grid size equal to 2 µm in all directions. Porescale streamlines of the sample in the X, Y, and Z directions are shown in
(b), (c), and (d), respectively. Streamlines identified with the red color
spectrum show high flow paths where the time-of-flight is low. Conversely,
streamlines toward the blue color spectrum identify low flow paths where
the time-of-flight is high. Each inlet grid generates one streamline toward
the outlet.
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2.6.3 Computational Complexity
As emphasized above, ensuring reliable and accurate permeability calculations of
porous media requires attention to the following properties:
1.

Quality of images: the larger the image size and the higher the resolution, the
more spatial details of a porous medium are captured in the calculations.

2.

Computational capabilities: Increased computational efficiency and memory
enables the modeling of larger samples within practical CPU times.

3.

Grid refinement: Grid refinement is necessary to ensure the accuracy of modeling
results.
High computational efficiency and memory are required to model high-resolution

and large images of porous media. The need for grid refinement also implies increased
computational requirements. Therefore, computational efficiency is the main limiting
factor for securing accurate and reliable pore-scale calculations.
LBM and FDGPA have similar memory requirements; however, as shown in
Figure 2.12, the simulation time in FDGPA requires between 7% to 27% of the CPU
times used by LBM without grid refinement. When the ratio of the CPU times used by
the two models are averaged among all cases, FDGPA is 6 times faster than LBM to
calculate permeability for the same pore-scale distributions. The computational time
required for Case No. 1 is larger than for Case No. 2 because more iterations are needed
for low-porosity, highly tortuous samples to ensure convergence of results. Grid
refinement causes LBM to converge in fewer iterations, especially for Case No. 2 (low
porosity). Grid refinement with FDGPA increases the simulation time almost linearly in a
log-log plot.
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Figure 2.12: Simulation times for LBM and FDGPA calculations for Cases No. 1 and 2
and their associated grid-refinement steps. Computational time for FDGPA
is on average 6 times faster than for LBM for both samples. At grid
refinement level 4, FDGPA is computationally similar to LBM.
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2.7 CONCLUSIONS
I introduced and successfully tested a fast pore-scale finite-difference fluid flow
method (FDGPA) for quantifying pore-scale geometry in an image of porous media. The
method defines a weighting vector and solves a generalized Laplace equation to
deterministically calculate the spatial distributions of pressure and fluid flow in porous
media in order to subsequently trace pore-scale streamlines. The weighting vector
represents the local fluid flow resistance in the porous media. FDGPA calculates
permeability in high-porosity porous media within a 20% difference when compared to
LBM results. In low-porosity, highly tortuous porous media, FDGPA finds all possible
connecting paths where LBM requires additional grid refinements to achieve the same
level of connectivity. Grid refinement is necessary in both methods to ensure
convergence; permeability calculations are within a 6% difference between FDGPA and
LBM in low- and high-porosity cases after 4 grid refinement levels. Grid refinements
with FDGPA cause monotonically improved calculations of permeability toward final
convergence. FDGPA is based on a hypothesis for finding the local fluid flow
resistances. The hypothesis decreases in accuracy in elongated shapes with high aspect
ratios. Last but not least, the simulation time associated with FDGPA is on average 6
times faster than that of LBM.
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Chapter 3: Knudsen Diffusion and Slip Flow in Porous Media

A new method is developed to model gas flow through porous media in the
presence of slip flow and Knudsen diffusion with pores in the range of nanometers to
micrometers. Numerical random porous media with various grain sizes are constructed
from packs of spherical grains. The sizes of the spherical grains are varied through
several orders of magnitude to assess the non-linear trend of rate of fluid flow versus
applied pressure in the submicron range. A generalized Laplace equation is solved to
calculate the fluid velocity distribution in the interstitial space domain. The solution
invokes Neumann’s boundary condition at the grain-pore surface and finite pressures at
the inlet and outlet. Depending on Knudsen’s number (no-slip: Kn<0.001; slip:
0.001<Kn<0.1), both diffusive and advective flow are considered in the model together
with the enforcement of no-slip or slip boundary conditions on the surface of the solid
matrix. The assumed conditions permit us to neglect the effects of inertia and gas
compressibility. I validate model predictions with Lattice-Boltzmann calculations within
20% error for similar random packs with throat-pore sizes in the micrometer range. When
throat-pore sizes lie in the nanometer range, a maximum difference of two orders of
magnitude is observed between the two models. Model predictions for nano-porous
media are validated with published experimental data in a tube. I found that the slip-flow
condition is necessary to describe gas flow in nano-porous systems at low pressures and
for porous systems with small pore-throat sizes. This chapter indicates that the advective
slip flow dominates the flow in nano-porous systems and that the diffusive term
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contribution to the flow is smaller than 2% in a system wherein the smallest throat size is
equal to 200 nm.
A pore-scale representation of the lower Eagle Ford shale is constructed based on
focused ion beam-scanning electron microscope (FIB-SEM) images. Permeability is
calculated via the developed finite-difference model for the cases with and without slip
flow and Knudsen diffusion. The model also calculates streamlines to describe sample
pore connectivity. Weighted throat size distributions are defined based on streamlines to
represent the most resistive paths for fluid flow in the FIB-SEM image. Subsequently,
permeability is estimated based on the dominant throat size.

3.1 INTRODUCTION
Determining permeability in gas-bearing shale strata is a necessary step for
governments and major oil companies in the process of making informed capital
investments and other decisions with regard to field development. Gas production from
such reservoirs can be higher than predictions made with conventional models (Darcy’s
equation). Because of this abnormal behavior, such types of gas reservoirs are
categorized as “unconventional”. A comprehensive study on the underlying physical
processes in shale strata is crucial in order to understand gas production.
Gas permeability in fine-grained natural rocks has been the main focus of many
research activities (Cui et al., 2009; Javadpour et al., 2007; Javadpour, 2009a; Katsube,
2000; Shabro et al., 2009a). In this chapter, I extend previous studies to more realistic
pore geometries. It has been shown that the effects of Knudsen diffusion and slip flow are
significant when pore sizes lie in the nanometer range (Cooper et al., 2004; Javadpour et
al., 2007; Nelson, 2009; Roy et al., 2003). I develop a general model that is valid for both
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micro-porous (conventional) and nano-porous (unconventional) geological formations
wherein the importance of each process changes automatically with pore throat size.
Henceforth, the term “micro-porous” designates porous media with micron-sized pores,
whereas the term “nano-porous” designates porous media with nano-sized pores.
I generated digitized porous systems by packing spheres with different sizes (Silin
et al., 2003). In doing so, I included a no-slip/slip flow boundary condition on the surface
of the solid matrix in the interstitial space of the constructed porous media. The model
selects appropriate boundary conditions (slip or no-slip) based on Knudsen’s number
(Kn = m/Dt; m = mean free path; Dt = throat diameter). I assume constant gas density in
the porous medium and a parabolic flow distribution in the cross-section of a pore throat
(Bird et al., 2007). Both assumptions are valid for no-slip flow conditions and can be
used as an approximation for slip flow conditions. Weight functions are evaluated in the
porous medium, representing the relative location of the grid points with respect to the
equivalent inscribed tube in the pores in the direction of flow similar to those defined in
Chapter 2. The weight functions along with flow equations are used to generate a
generalized form of Laplace’s equation. I solve this equation to calculate the pressure
distribution in the interstitial domain of the numerical porous medium. Pressure
distribution has been traditionally related to the velocity field via Hagen–Poiseuille’s
equation (Lake, 1989) in the interstitial domain. Instead, I use a modified flow equation
that includes slip/no-slip fluid flow and Knudsen’s diffusion proposed by Javadpour
(2009a). The velocity field is then related to the permeability of the medium. I call this
method finite-difference diffusive-advective (FDDA) model.
Different porous media are generated with pores ranging from a few nanometers
to several microns. The general model was validated for both micro- and nano-porous
systems. For the micro-porous validations, I compared the model results to results

55

obtained with the Lattice-Boltzmann method (Jin et al., 2004; Arns et al., 2004). In
addition, I validated FDDA prediction of gas flow in nano-porous systems with
experiments by Roy et al. (2003). Both comparisons yielded good matches and measures
of reliability. A 3D pore-scale image is constructed from sequential FIB-SEM images of
a lower Eagle Ford shale sample. Next, conventional and apparent permeabilities are
calculated for the 3D image based on the developed finite-difference models. I found that
both slip flow and Knudsen’s diffusion are increasingly pronounced when throat size
decreases below a micrometer. Slip flow in nano-scale porous media is not negligible. On
the other hand, Knudsen’s diffusion contributes an insignificant portion to the flow. The
simulation model is robust and can predict gas flow in any type of porous media: microporous, nano-porous, or a combination of pore-size ranges.

3.2 CONSTRUCTION OF RANDOM MICRO- AND NANO-POROUS SYSTEMS
I construct a grain pack with spherical grains and digitize it using a method
described by Silin et al. (2003), implemented in UT Austin’s Pore-Level Petrophysics
Toolbox 1.00 (Jin et al., 2007). I chose a grain size distribution with radii between 0.5 μm
and 3 μm. The number of grains for a given grain size is chosen so as to honor the
quantitative distribution or the equivalent volumetric distribution shown in Table 3.1.
Figure 3.1 illustrates the grain distribution corresponding to the pack described in Table
3.1. By using various scaling factors, it is possible to downscale or upscale the pores in
the pack by an arbitrary factor. Voxelization is performed using 200 nm grids. This grid
size is chosen to be the size of the smallest grain diameter divided by 5. This ratio to the
smallest grain radius is observed as the coarsest possible representative digitization
permitted without losing significant image details. Likewise, using different grid sizes for
the same voxelized image, one can downscale or upscale the image. Considering a cube
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from 5 to 19 μm in three axes directions in Figure 3.1, the connected porosity is 39.0%.
This cubic sample is henceforth referred to as Case No. 1. It is evident that the porosity
decreases if more packing stages are used to construct the pack. Furthermore, using the
cementation method from Silin et al. (2003), a uniform cementation process on each
grain is performed to decrease the porosity to 13.7% in the same volume which I refer to
as Case No. 2. These two cases are chosen arbitrarily to describe porous media similar to
the CT-scan images of rocks and are used solely for further gas flow demonstrations. I
have used grid sizes in the range of 2 mm to 2 nm for both Cases Nos. 1 and 2 to study
the effect of pore sizes on the Lattice Boltzmann method (LBM) and FDDA. The LBM is
implemented with UT Austin’s Pore-Level Petrophysics Toolbox 1.00 based on the work
by Jin et al. (2007).

Grain radius (μm)

Table 3.1:

Quantitative

Volumetric

0.5

56%

3%

1

27%

12%

2

14%

46%

3

3%

40%

Summary of grain-size distributions for a synthetic pack.
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Figure 3.1: Grain pack constructed within a cube with a distribution of grain sizes as
described in Table 3.1.

3.3 DIFFUSIVE-ADVECTIVE GAS FLOW IN A TUBE
I introduce a systematic approach to study flow in random micro- and nanoporous systems at different Knudsen regimes. The overall equation for gas flow in a
cylindrical tube is governed by a combination of Knudsen diffusion (Knudsen, 1934;
Roy et al., 2003) and gas flow due to pressure forces (Bird et al., 2007; Brown et al.,
1946; Javadpour, 2009):
 2r  8RuT 0.5
r 2 avg
J  

F
s
 3RuT   M 
8


 ( P2  P1 )
,

L


(3.1)

where J is mass flux, r is the tube radius, Ru is the universal gas constant, T is
temperature, M is gas molar mass, ρavg is gas average density at pavg[=(P1+P2)/2], μ is gas
viscosity at atmospheric pressure, P1 and P2 are pressures at the inlet and outlet of the
tube, respectively, and L is the length of the tube. The first term in the bracket represents
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diffusive flow and the second term in the bracket represents no-slip/slip gas flow due to
pressure forces. Coefficient Fs stands for flow enhancement due to slip flow on a solid
matrix surface and is given by
 8 RuT 
Fs  1  

 M 

0.5

 2 
  1 ,
pavg r   

(3.2)

where pavg is the average pressure in the system, and α is the tangential momentum
accommodation coefficient which is the portion of gas molecules reflected diffusely from
the tube wall relative to specular reflection (Maxwell, 1890). The coefficient α in
Equation 3.2 typically varies from 0.6 to 1 depending on wall-surface smoothness, gas
type, temperature and pressure. Coefficient Fs increases by decreasing both tube diameter
and pressure; it approaches 1 for micro-pores, which suggests a no-slip boundary
condition on the surface of the mineral grains.

3.4 GAS FLOW IN RANDOM MICRO- AND NANO-POROUS SYSTEMS
At steady-state conditions, assuming no sink or source, mass conservation in the
system enforces
 J  0 .

(3.3)

Additionally, I assume no-flux in or out of a grain by adopting Neumann’s boundary
condition for the pressure at grain-pore interfaces. After substituting Equation 3.2 into
Equation 3.1 and rearranging terms I obtain:
J    Ar  Br 2  P ,

(3.4)

0.5
2 
 8RuT   avg  2 
A

1


 , and



  M   8Pavg    3RuT 

(3.5)

where
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B   avg / 8  .

(3.6)

By combining Equations 3.3 and 3.4, I find a generalized Laplace equation in the form of

  w P   0 ,

(3.7)


where w is a weighting vector calculated for each grid according to its position in the
grain pack system. This weighting factor is updated in each of the three Cartesian
coordinate directions for all of the grids to ensure a parabolic flow profile for advective
dominated flow in a tube, and is calculated as





wx  Armax x  Brmax x 2 

2d max x d x  d x 2



f c rmax x



,

(3.8)

where rmax is the effective radius of the largest circle that can be inscribed in a specific
pore in the spatial domain perpendicular to the direction of flow which includes the grid
of interest, dmax is the digitized version of rmax, d is the distance of the grid from the
closest grain wall and fc(rmax) is a calibration function included to match the flow in the
digitized system with the actual flow in an equivalent tube. The average value of d
between two neighboring grids, at each grid face in three directions, is used as the
weighting vector for differentiations in Equation 3.7. By adopting Neumann’s boundary
condition at grain boundaries, i.e. by imposing null flow across grain boundaries and
setting the actual pressure at the inlet and outlet faces as external boundary conditions
(bounded system), Equation 3.7 can be solved with the biconjugate gradient method
(Barrett et al., 1994) to yield the pressure distribution. Consequently, the mass flux
distribution is obtained using Equation 3.4.
A parabolic distribution of flow in the pores is imposed for both no-slip and slip
regimes. This assumption is valid for a no-slip regime (Bird et al., 2007; Lake et al.,
1989), but it is also applied for slip regimes as an approximation. In reality, the flow
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distribution in a slip regime is a different parabola that ensues because of the assumption
of a larger throat size which depends on a slip coefficient (Bird et al., 2007). The
approximation remains valid whenever the throats are described with up to a few grids
wherein flow profiles are similar in no-slip and slip regimes, thereby overcoming the
error introduced by this approximation. I conclude that the approximation is valid when
the model is applied to CT-scan images of rocks where throat sizes are typically spanned
by a few grids.
I assume an average value for the gas density in the model whereas the variation
of gas density across the porous media is neglected, i.e., I assume incompressible fluid.
This assumption is valid for systems with small pressure gradients. Moreover, the effect
of inertia is neglected while a creeping flow is expected in porous media (Bird et al.,
2007), especially in unconventional reservoirs where pore-throat sizes are in the
nanometer range.
The numerical model is validated by simulating the response of a nanotube at
various pressures. Using the parameters summarized in Table 3.2, Figure 3.2 shows the
mass flux distribution in an infinite acting tube with a radius of 100 nm and 25 nm grid
size. The mass flux is 1.78 g.m-2.s-1 based on Equations 3.1 and 3.2, and 1.75 g.m-2.s-1
based on the numerical simulation. The 1.7% difference is the result of tube digitization.
Figure 3.3 compares flow rates based on the numerical simulation to experimental results
from Roy et al. (2003) for a nanotube.
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Parameter

Value

Parameter

Value

r (nm)

100

R (J.kmol-1.K-1)

8310

T (K)

300

M (kg.kmol-1)

39.94

α

0.8

Δp (Pa)

1

μ (Pa.s)
×105

2.22

L (nm)

300

Grid size (nm)
ρavg (kg.m-3)

2.85

[in r direction]

25

Grid size (nm)
Pavg (Pa)
Table 3.2:

164000

[in L direction]

Summary of simulation parameters.

62

200

Z (μm)

X (μm)
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Figure 3.2: Gas flux in an infinite acting cylindrical tube with a radius of 100 nm and
gas parameters given in Table 3.2. Flux vectors are described with arbitrary
units. The green line highlights the parabolic flow profile.

63

35
Experiments by Roy et al. (2003)
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Figure 3.3: Molar flux vs. applied pressure for a tube of radius equal to 100 nm.
Predictions by this model are compared to the experimental data from Roy
et al. 2003. Table 3.2 summarizes the remaining assumed parameters.
3.5 RESULTS AND DISCUSSION
Flow in the packs, Cases Nos. 1 and 2, are modeled using FDDA and LBM with
the parameters listed in Table 3.2. The corresponding permeability is calculated using
mass fluxes and Darcy’s equation, namely,
J  V f  avg 

k  P2  P1 
 avg ,
L

(3.9)

where Vf is volumetric gas flux (velocity) in m.s-1, and k is permeability in m2. Figures
3.4 and 3.5 show the gas flux distribution in the interstitial space domain for Case No. 1
with L=5 μm, and pressure distributions at several cross-sections of this pack,
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respectively. I simulated gas flow for Cases Nos. 1 and 2 using the parameters listed in
Table 3.2 with a grid size of 200 nm. Simulation results are described in Tables 3.3 and
3.4 for Cases No. 1 and No. 2, respectively. Conventional permeabilities (kc) listed in
Tables 3.3 and 3.4 are the results of simulations with FDDA when Fs in Equation 2 is set
equal to 1, i.e., by neglecting the contribution from slip flow. Figure 3.6 compares
permeability results obtained with the FDDA simulation method, hereafter called ka, and
the conventional method. The comparison indicates that the conventional method
underestimates permeability, in this case due to the slip-flow contribution. Variations in
permeability versus simulation grid size indicate the heterogeneity of the pack.
Figure 3.7 shows FDDA results in comparison to LBM for Cases Nos. 1 and 2
(within different subsets of the pack in comparison to the results shown in Tables 3.3 and
3.4) for grid sizes from 20 nm to 20 μm. In larger grid sizes, a good match between
FDDA and LBM results is achieved, although with smaller grid sizes, LBM
underestimates the results because of neglecting slip flow. Moreover, a better match
between FDDA and LBM is achieved in Case No. 1 simulations rather than Case No. 2
simulations where low porosities cause high tortuosity. I believe that in the case of
porous systems with high tortuosity, FDDA provides more reliable results in comparison
to LBM. In some cases with high tortuosity, it is observed that LBM results in no-flow
whereas FDDA shows a path of flow. This behavior is observed in small pack sizes in
Case No. 2, shown in Figure 3.7.
The effect of variation of average pressure on the mass flux is illustrated in Figure
3.8. In the high average pressure part of this figure, no-slip flow is dominant
(conventional postulate). On the other hand, slip flow dominates the flow in low average
pressures where gas flux deviates from the linear interpolation to the high pressure part of
the curve. Similarly, when the grid size is decreased (and thereby pore-throat sizes are
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decreased) the same trend is observed. Figure 3.9 shows the deviation from the linear
interpolation to the high pressure part of the curve (representing Darcy’s model). One can
express this shift in terms of a transformation in various Knudsen transport regimes. Such
behavior can be described by invoking Knudsen’s number (Knudsen, 1934; Heidemann et
al., 1984), defined as
Kn 

m
Dt



k BT
,
2 2 PDt

(3.10)

where λm is mean free path length, kB is the Boltzmann’s constant, σ is the collision
diameter of the gas molecule, and Dt is throat diameter. Decreasing both pressure and
throat size results in higher Knudsen numbers, which in turn increase the significance of
slip flow and Knudsen’s diffusion contribution to the mass flux and permeability, as
shown in Figures 3.8 and 3.9, respectively. Table 3.5 shows various Knudsen flow
regimes. Neglecting slip flow and Knudsen’s diffusion in Cases No. 1 and 2 would result
in 13% to 67% error as shown in Tables 3.3 and 3.4. The contribution of Knudsen
diffusion is calculated to be less than 2% for numerical simulations of Case No. 2,
summarized in Table 3.4.
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Simulation No.

1

2

3

4

5

6

7

Cube length, L (μm)

5

8

10

12

14

17

20

J (kg.s-1.m-2) ×104

2.56

1.33

1.31

1.27

1.33

1.21

1.58

V (m3.s-1.m-2) ×105

9.00

4.67

4.61

4.46

4.65

4.24

5.55

 (%)

40.0

36.1

37.6

38.7

39.0

39.5

42.8

ka (mD)

10.1

8.40

10.4

12.0

14.6

16.2

25.0

kc (mD)

5.67

6.35

7.13

7.77

9.64

10.9

17.5

Table 3.3:

Summary of simulation results and relevant permeabilities, Case No. 1 (grid
size=200 nm).

Simulation No.

1

2

3

4

5

6

7

Cube length, L (μm)

5

8

10

12

14

17

20

J (kg.s-1.m-2) ×106

19.83

1.22

4.55

3.49

5.42

7.07

16.81

V (m.s-1) ×106

6.96

0.43

1.60

1.23

1.90

2.48

5.90

 (%)

12.5

11.1

12.3

12.7

13.7

15.3

19.7

ka (mD)

0.783

0.077

0.360

0.332

0.598

0.948

2.65

kc (mD)

0.262

0.0673

0.139

0.144

0.232

0.436

1.46

Table 3.4:

Summary of simulation results and relevant permeabilities, Case No. 2 (grid
size=200 nm).
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No-slip
Condition Kn <0.001
Table 3.5:

Slip

Transition

0.001< Kn <0.1

0.1<Kn

Summary of various Knudsen flow regimes.

Z (μm)

Y (μm)

X (μm)

Figure 3.4: Flux distribution in arbitrary units (blue lines) for Case No. 1 for a cube
from 10 to 15 μm within the grain pack shown in Figure 3.1. Three grains
out of many grains in the grain pack are illustrated in the figure to show how
they act as flux barriers; two flow paths are highlighted with red dashed
arrows.
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Figure 3.5: Spatial distribution of pressure along 6 cross-sections from Z = 10 to 15 μm.
Simulation parameters are summarized in Table 3.2. Boundary grids are
impermeable to fluid flow and are arbitrarily set to inlet pressure in this
figure for demonstration purposes.
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Figure 3.6: Comparison of permeability values calculated with FDGPA and FDDA for
Cases Nos. 1 and 2. The conventional model (FDGPA) is implemented by
enforcing Fs in Equation 3.2 to be equal to 1, i.e. no slip flow. It is evident
that the conventional model underestimates permeability in comparison to
FDDA. Simulation parameters are summarized in Table 3.2.
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Figure 3.7: Comparison of permeability values calculated with LBM and FDDA for
Cases Nos. 1 and 2 (grid size is varied from 20 nm to 20 μm shown in
parentheses). It is evident that LBM underestimates permeability compared
to FDDA due to small pore-throat sizes. (a) Case No. 1: porosity 36% to
43%, (b) Case No. 2: porosity 11% to 20%. LBM cannot find connecting
flow paths for small sections of Case No. 2 and yields zero permeability.
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Figure 3.8: Flux variations vs. average pressure in the gas state. The transition between
different Knudson transport regimes is observed as calculated with
simulations for Case No. 1, grid size=200 nm, cubic sample size=5 μm. The
dashed line identifies the linear fit to simulation results at higher pressures
where conventional models remain valid (Darcy’s model is valid).
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Figure 3.9: Calculated flux variations vs. grid size. The transition between different
Knudson transport regimes is shown as calculated with FDDA and LBM for
Cases Nos. 1 and 2; number of cubic sample grids = 25.
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To analyze the effects of slip flow and Knudsen diffusion further, another grain
pack is constructed and compacted (Silin et al., 2003) with a grain-radius distribution
between 0.25 μm and 1.5 μm as described in Table 3.6. Subsequently, the grain pack is
digitized using a 10 nm grid size to yield a 3D grid-block. Grid size is changed to 3 nm,
30 nm, and 100 nm to obtain 3D grid-blocks with various pore-throat sizes. The effect of
size on the contribution of each transport mechanism is examined by modeling these 3D
grid-blocks. Next, the 3D grid-blocks are uniformly cemented (Silin et al., 2003) to coat
the grains with clay minerals and achieve a lower pack porosity equal to 8.5%.

Table 3.6:

Grain radius (μm)

Volumetric concentration (%)

0.25

3

0.5

12

1

46

1.5

40

Summary of grain-size distributions included in a synthetic grain pack.

The effect of slip flow and Knudsen diffusion are investigated on apparent
permeability (ka). The 3D grid-block with porosity of 8.5% is modeled with the
corresponding parameters listed in Table 3.7. Grid size determines the smallest throat size
and it is varied between 3 nm to 100 nm to model various porous media. Figure 3.10
shows that apparent permeability increases due to slip flow and Knudsen diffusion.
Conventional permeability for grid sizes equal to 3 nm, 10 nm, 30 nm, and 100 nm are
0.017 µd, 0.19 µd, 1.7 µd, and 19 µd, respectively. Contributions due to slip flow and
Knudsen diffusion on fluid flow are negligible when the smallest throat is 100 nm;
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however, apparent permeability is significantly higher if the smallest throat size is 3 nm
or 10 nm. Additionally, apparent permeability increases when pressure decreases. Figure
3.10 shows that calculated variations of apparent permeability change when pressure is
varied from 175 to 2800 psi. This effect is partially responsible for the higher-thanexpected gas production rates observed in gas-bearing shale (Javadpour, 2009a; Shabro et
al., 2012a).

Table 3.7:

Parameter

Value

μ (Pa.s)

1.75 ×10-5

ρinitial (kg.m-3)

78.9

α

0.8

M (kg.kmol-1)

16

T (K)

423

Summary of modeling parameters assumed in the calculations reported in
this chapter.
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Figure 3.10: Permeability variation versus pressure calculated for a 3D grid-block with
8.5% porosity and with the smallest throat diameters equal to 3 nm, 10 nm,
30 nm, and 100 nm. Reported values are apparent permeability divided by
conventional permeability to identify the effects of slip flow and Knudsen
diffusion.

3.6 PERMEABILITY OF A EAGLE FORD SHALE FIB-SEM IMAGE
It is accepted that gas-bearing shales exhibit pore-throat structures in the
nanometer range. Pore-scale SEM images of shale formations have indicated the
existence of pores, clay minerals, and organic matter (Loucks et al., 2009; Passey et al.,
2010; Schieber, 2010). Existence of connected pore-throat structures to transport gas was
confirmed by FIB-SEM images (Sondergeld et al., 2010b). Pore-scale images acquired
with AFM also confirmed the existence of nano-pores in these formations (Javadpour,
2009a). Figure 3.11 shows pores in the range of tens to hundreds of nanometers in four
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cross-sectional images of gas-bearing shale. AFM images confirm that the observed pore
structures in SEM images are not artifacts from high-energy electron beams impacting
the surface of shale formations.

1 µm

1 µm

1 µm

1 µm

Figure 3.11: AFM images of gas-bearing shale. Dark areas represent pores and throats in
these formations and their sizes are commonly in the nanometer range.
(Images from Mohammad Moravvej with the NanoGeosciences Laboratory
at UT Austin’s Bureau of Economic Geology for the AFM images)
The lower Eagle Ford shale sample used to generate the FIB-SEM image comes
from a well located in the northeast region of the Maverick Basin, Texas. This formation
is in the oil producing maturation zone, which suggests that kerogen observed in the
sample is type I or II. Mullen (2010) documented petrophysical characterizations of the
Eagle Ford shale from a well in the same basin. Core XRD analysis from this well
reported that calcite occupies 59% of the mineralogy and that clays make up
approximately 7% of the total rock composition.

Nuclear magnetic resonance T1

analysis found a porosity range from 5% to 14% across the Eagle Ford interval of this
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well, with an average porosity of 10%. The lower Eagle Ford shale generally exhibits
higher TOC than the upper portion.

3.6.1 FIB-SEM Imaging
A custom thin section of the sample was prepared to use in the FIB-SEM
instrument as follows: a piece of the raw sample was cut along the natural layering,
mounted onto a small glass disk with a thermoplastic, and polished to a thickness of 500
μm with a diamond paste. We1 coated the prepared sample with a 4 nm thick layer of
gold to avoid electron charging during the subsequent imaging process. The FIB-SEM
instrument (FEI Company, FEI Strata DB235 with Zyvex S100) features a gallium ion
beam for nano-scale cutting as well as an electron beam for imaging of the nano-scale
features. These two beams are positioned 52 degrees from one another. The first step of
image acquisition consists of rotating the sample stage 52 degrees so that the shale
surface is normal to the ion beam. Next, a basin several microns in size is milled (at a
beam current of 3000 pA) into a selected location on the sample. After the initial coarse
ion milling, an ion beam with lower current (100 pA) mills away a slice of the exposed
interior shale surface. The electron beam renders an image of the exposed surface at
approximately 6 nm resolution. This process was repeated for each consecutive slice and
corresponding image.

1

The FIB-SEM images were prepared in collaboration with Shaina Kelly funded by University of Texas at
Austin’s Research Consortium on Formation Evaluation.
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Figure 3.12: FIB-SEM slices numbered sequentially and displaying relatively large,
complex pores found alongside kerogen (dark regions) and clay (light,
platelet material).
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Figure 3.13: (a) SEM image of a milled surface of shale. (b) Voxelized shale model after
image analysis processing at 11 nm resolution.
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The final image “stack” consists of 30 images, with an average spacing between
images of 160nm. Figure 3.12 displays four consecutive FIB-SEM images. While some
FIB-SEM instruments can be programmed for uniform and automatic slicing and
imaging, the FEI Strata DB235 is a manual instrument. The spacing between milled
slices was calibrated with aerial-view images (acquired in focused ion beam imaging
mode) and taken into account in the 3D model reconstruction. We performed alignment
and segmentation with ImageJ software, and then voxelized the images to construct a 3D
image. Pore, grain, kerogen, and clay pixels are identified based on relative color (in the
grayscale spectrum), position, and shape of the features similar to characterizations made
by Milliken et al. (2013) on 2D images. Figure 3.13 illustrates one of the raw SEM
images alongside its segmented voxel form after image analysis. The sample is 4.4 μm3
in volume. We voxelized the image at 44 nm resolution in order to reduce the effect of
optical noises in SEM images. Additionally, the grayscale spectrum for porosity is
adapted to achieve connectivity along the direction of FIB-SEM images, hereafter called
z-direction. The resulting 3D image has a porosity () of 13.2% and an effective (interconnected) porosity (e) of 11.1%. TOC of the sample is 27.5% and clay content is 6.3%.
These petrophysical properties are within the range reported for the lower Eagle Ford
shale (Mullen, 2010).

3.6.2 Permeability and Pore-Throat Sizes
I developed a finite-difference method to estimate conventional permeability (kc)
and calculate pore pressure distributions in porous media (Shabro et al., 2012b). Porescale streamlines are traced based on the fluid velocity distribution and streamlinetracking approach described by Datta-Gupta and King (2007). Figure 3.14 shows
calculated streamlines for the FIB-SEM image. The density of streamlines increases at
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throats along fluid flow paths. I observe in Figure 3.14 that a few crucial throats control
fluid flow in this image. The average length of streamlines divided by the length of the
image gives the sample tortuosity (τc) and is given by

c 


L

,

(3.11)

where  is average streamline length and L is porous media length. Weighted tortuosity
(τcw) is tortuosity weighted by time of flight at each streamline. Tables 3.8 and 3.9 show
the conventional permeability and tortuosities calculated for the FIB-SEM image,
respectively.
Effects of slip flow and Knudsen diffusion at the pore-scale are added to the
finite-difference method to take into account the enhancement of apparent permeability
(ka) in shale-gas formations (Shabro et al., 2009b; Shabro et al., 2011a). Apparent
tortuosity (τa) and weighted apparent tortuosity (τaw) are calculated similar to those of the
conventional flow model but, in this case, I account for slip flow and Knudsen diffusion.
In addition to pore morphology, slip flow and Knudsen diffusion depend on temperature
(T), gas molar mass (M), gas average density (ρavg), average pressure (Pavg), gas viscosity
(μ), and the tangential momentum accommodation coefficient (α). Table 3.10 lists the
assumed values for these parameters. Tables 3.8 and 3.9 summarize, respectively, the
resulting apparent permeability and tortuosities for the image. The modeled permeability
increases 370% due to the incorporation of slip flow and Knudsen diffusion. Tortuosity
decreases slightly because fluid flow is enhanced at small throats and in proximity of
grain surfaces due to slip flow and Knudsen diffusion; however, there is no visible
difference between streamlines for this case and those of the conventional case shown in
Figure 3.14.
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I introduce a novel streamline-based method for distinguishing pores and throats
in high resolution 3D rock images. This method determines throats based on average
fluid velocity along streamlines. Steady-state mass balance in porous media dictates that
fluid flow is constant in all cross-sections. An increase in local fluid velocity means a
decrease in cross-section area due to mass balance. As a result, I calculate local fluid
velocity at each grid along streamlines to find throats and pores. This approach is
advantageous to pure geometrical approaches because pore-throat sizes are quantified in
the passage of fluid flow and pores and throats are discarded in unimportant parts of
porous media for fluid flow. Sensing directionality of throat size distributions when
modeling a sample in the X, Y, or Z directions is another advantage of this approach in
comparison to pure geometrical methods. For example, the streamline-based method is
expected to give different throat size distribution results depending on flow direction in
anisotropic porous media.
Local fluid velocity at each grid is defined based on length and time of flight at
each streamline passing through the grid as shown below:
N

V( x , y , z )   bi
i 1

Li
,
ti

(3.12)

where

1


bi  
0



if i th streamline passes
through grid ( x, y , z ),
if i th streamline does not pass

(3.13)

through grid ( x, y , z ),

and Li is the length of i-th streamline. Local fluid velocity at each grid is inversely
proportional to the cross-section area due to explicit implementation of mass balance;
hence, high local fluid velocity indicates existence of a throat. Moreover, local fluid
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velocity determines the importance of each grid in total fluid flow (total sample
permeability) and is used as a factor to give higher weight to the most critical throats. On
the other hand, the geometrical pore approximation algorithm provides the effective
largest inscribed radius at each grid which is directly an indicator of pore and throat sizes.
I define an effective fluid resistance parameter at each grid as

 ( x, y, z ) 

V( x , y , x )
2
Rmax(
x , y ,z )

(3.14)

.

A grid is called a throat if the effective fluid resistance is above the average
effective fluid resistance,  , for the sample:

 ( x , y , z )    Throat .

(3.15)

Subsequently, the weighted throat parameter is calculated based on the effective
maximum inscribed radius and local fluid velocity as
Throat   ( x , y , z )  V( x , y , z ) Rmax( x , y , x ) .

(3.16)

The frequency for each throat size is given by
f throat  Rmax   

  R

max

 Rmax( x , y , x )  ( x , y , z )

x, y, z

  0    ( x, y, z )

,

(3.17)

x, y, z

where  is the Dirac delta function and  is porosity.
Similarly, a grid is a called pore if the effective fluid resistance is lower than the
average effective fluid resistance for the sample.

 ( x , y , z )    Pore .

(3.18)
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Weighted pore parameter is calculated based on the effective maximum inscribed radius
and local fluid velocity as
Pore  ( x , y , z )  V( x , y , z ) Rmax( x , y , x ) .

(3.19)

The frequency for each pore size is given by
f pore  Rmax   

  R

max

 Rmax( x , y , x )  ( x , y , z )

x, y, z

  0   ( x , y , z )

,

(3.20)

x, y, z

Using this approach, diameters of the largest inscribed circles perpendicular to
streamlines are measured to calculate the geometrical pore-throat size distribution.
Geometrical pore-throat sizes are weighted based on the streamlines time of flight and
used to calculate the weighted pore-throat size distribution. Figure 3.14 indicates that
streamlines concentrate while passing through throats. The weighted pore-throat size
distribution effectively gives higher values to the throats that are the most resistive to
fluid flow. The highest weighting factors determine the most resistive flow paths; hence,
I detect and quantify the most resistive flow paths as the weighted throat size distribution.
Conversely, the lowest weighting factors determine the least resistive flow paths which
are defined by the weighted pore size distribution. Figure 3.15 illustrates these four types
of pore and throat size distributions for the FIB-SEM image from conventional and
apparent permeability models. The weighted pore-throat size distribution of the apparent
permeability model yields higher frequencies for small throat sizes because the effects of
slip flow and Knudsen diffusion are more significant in smaller throats.
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Table 3.8:

Parameter

Value

kc (μD)

2.88

ka (μD)

13.5

kct (μD)

4.51

kct (μD)

1.76

kat (μD)

29.6

kat (μD)

11.5

Summary of modeling results reported in Section 3.6 for permeability.

Parameter

Value

τc

2.01

τcw

1.72

τa

1.96

τaw

1.63

Table 3.9: Summary of modeling results reported in Section 3.6 for tortuosity.
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Parameter

Value

μ (Pa.s)

2.22×10-5

ρavg (kg.m-3)

2.85

Pavg (kPa)

164

α

0.8

M (kg.kmol-1)

39.94

T (K)

300

Table 3.10: Summary of modeling parameters assumed in the calculations reported in
Section 3.6.
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Figure 3.14: Streamlines across the FIB-SEM image.
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Figure 3.15: Pore- and throat-size distributions, expressed in diameter, for the FIB-SEM
image from (a) the conventional permeability model, and (b) the apparent
permeability model.
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The weighted throat size distribution determines throats where the highest viscous
resistance to fluid flow takes place. Therefore, I use the most frequently occurring
weighted throat size to estimate permeability. The most frequent weighted throat size is
88 nm for both the conventional and apparent permeability models; hence, permeability
is calculated in a tube with a radius of 44 nm using Hagen-Poiseuille’s model and
Equation 3.1 to represent, respectively, conventional and apparent permeability models.
The conventional permeability from this throat size (kct) is the Hagen-Poiseuille
permeability weighted by cross-section area and weighted tortuosity, i.e.
kct 

rt 2
 rt 2

,
8  0.9869  10 12 Ai cw

(3.21)

where rt is the most frequent weighted throat radius, and Ai is cross-section area of the
image. Because the ratio of throat area to total cross-section area can only be extracted
from 3D rock images, I also calculate conventional permeability from throat size and
effective porosity, given by
kct 

rt 2
e 

,
8  0.9869  10 12  cw

(3.22)

where β is the porosity exponent. Similarly, apparent permeability from throat size (kat)
and effective porosity (kat) are calculated by replacing Hagen-Poiseuille’s model with
Equation 3.1 in Equations 3.21 and 3.22. Table 3.8 summarizes the calculated
permeability values using a porosity exponent equal to 2. Conventional permeabilities
calculated from the finite-difference method and Equations 3.21 and 3.22 are within a
factor of 1.6. Differences in apparent permeability reach a factor of 2.2. Permeability is
approximated from the most frequent weighted throat size because specific throats and
most resistive flow paths determine permeability of tight rocks such as in shale strata.
There is a significant difference between geometrical pore-throat and weighted throat size
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distributions as is shown in Figure 3.15; therefore, geometrical or volumetric pore size
distributions should not be used in lieu of throat size distributions to estimate
permeability in tight rocks.

3.7 CONCLUSIONS
I developed a gas flow simulation model which includes both Knudsen diffusion
and advection transport at various Knudsen regimes in random micro-porous or nanoporous systems. The method solves a generalized Laplace equation and enforces
Neumann boundary conditions at the grain-pore surface along with the adoption of finite
pressures at both inlet and outlet as boundary conditions. Effects of inertia and gas
compressibility were neglected in the model. The method was validated in nano-porous
systems with published experimental results for a nanotube (Roy et al., 2003). Neglecting
slip flow and diffusion can result in high errors as observed in unconventional reservoirs
where pore-throat sizes lie in the nanometer range. For example, 13 to 67% error was
quantified for Case No. 2 with a grid size equal to 200 nm at atmospheric pressure; the
error would increase if the pore-throat sizes were additionally reduced. Knudsen diffusion
contributes a negligible portion of the flow in the same case, standing for less than 2% of
the flow. When modeling apparent permeability in gas-bearing shale, neglecting slip flow
and Knudsen diffusion may result in quantification errors as large as 2000% at low
pressures. Permeability enhancement due to slip flow and Knudsen diffusion is less
significant at high pressures. For example, up to 150% error in permeability was
quantified for tightest sample with a grid size equal to 3 nm at 200 atmospheres. I
illustrated the existence of various Knudson transport regimes in random nano-porous
systems. The presented model is appropriate to simulate the case of gas flow in mudrocks (shales and siltstone) with pore-throat sizes in the nanometer range.

90

I developed a workflow to apply pore-scale models to FIB-SEM images of shale
formations and estimate macroscopic petrophysical properties in the presence of
unconventional fluid transport mechanisms. The composition of the reconstructed image
was similar to that of reported values for the lower Eagle Ford shale. Pore-scale modeling
of fluid flow in the FIB-SEM image indicated that the contribution of slip flow and
Knudsen diffusion to permeability was 370% larger than the contribution of conventional
no-slip flow at atmospheric pressure. I effectively modeled permeability based on the
most frequent weighted throat size and concluded that permeability in tight formations
depends on the dominant throat sizes rather than on geometrical or volumetric pore size
distributions.
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Chapter 4: Adsorption and Desorption from Pore Scale to Reservoir
Scale

I combine a new pore-scale model with a reservoir simulation algorithm to predict
gas production in gas-bearing shales. It includes an iterative verification method of
surface mass balance to ensure real-time desorption-adsorption equilibrium with gas
production. The pore-scale model quantifies macroscopic petrophysical properties of
formations using an algorithm of gas transport in porous media. The pore-scale method
includes the effects of no-slip and slip flow, Knudsen diffusion, and Langmuir desorption
to model gas flow in porous media. A weighting vector combines the effects of Knudsen
diffusion, no-slip, and slip flows in the pore space. Boundary conditions model Langmuir
desorption at the surface of grains and organic matter while finite pressures are enforced
at the inlet and outlet. Spatial distributions of pressure and fluid velocity in the interstitial
domain are calculated using a generalized Laplace equation. Subsequently, apparent
permeability is estimated from fluid velocity distributions. The pore-scale model is
applicable to both conventional and unconventional reservoirs such as carbonates, shalegas, tight gas and coal-bed methane. Previously, I suggested that slip flow and Knudsen
diffusion become increasingly dominant flow mechanisms in the case of rocks with
nanometer pore sizes. In addition, Langmuir desorption from organic matter surfaces, and
to a less extent, from grain surfaces, becomes important in the calculation of stored gas in
shale-gas formations. This chapter focuses on shale-gas strata where all of the
aforementioned mechanisms are present. Modeling results indicate that contributions
from slip-flow and Knudsen diffusion become dominant in these formations, whereas
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Langmuir desorption has no appreciable impact on apparent permeability when rock
morphology is not altered because of gas desorption. Nevertheless, desorption is crucial
to continuously supply gas while maintaining reservoir pressure over long periods of
time.
Subsequently, the reservoir model populates petrophysical properties derived
from the pore-scale analysis at every numerical grid and at each time-step to calculate the
production history and pressure distribution in the reservoir. This approach examines the
contribution of different transport processes (i.e. advective flow, Knudsen diffusion, and
desorption) to quantify their corresponding contributions to overall flow. Previously, I
showed that slip flow and Knudsen diffusion play a significant role in explaining the
higher-than-expected permeability observed in shale-gas formations with pore-throat
sizes in the nanometer range. It is shown that Langmuir desorption from organic-matter
surfaces is important in the calculation of stored gas in gas-bearing shales. Modeling
results show that gas desorption maintains the reservoir pressure via the supply of gas. In
comparison to conventional reservoir descriptions, the contributions of slip flow and
Knudsen diffusion increase the apparent permeability of the reservoir while gas
production takes place. The effects of both mechanisms contribute to the higher-thanexpected gas production rates commonly observed in these formations.

4.1 INTRODUCTION
Determining the petrophysical characteristics of a reservoir (e.g. permeability)
and predicting production of gas-bearing shales is essential for economical assessments
prior to field development. However, there is no standard model available to predict gas
production from shale strata. Existing empirical and simplified models do not predict gas
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production accurately even though the production is usually higher than predictions made
with conventional models (i.e. Darcy’s equation) (Ambrose et al., 2010; Freeman et al.,
2010; Gault and Stotts, 2007; Lu et al., 1995; Javadpour et al., 2007; Javadpour, 2009a;
Kale et al., 2010; Sondergeld, et al. 2010b). Recently, pore-scale characterization of shale
formations using Focused Ion Beam-Scanning Electron Microscopy (FIB-SEM) and
Atomic Force Microscopy (AFM) methods has advanced the understanding of shale
morphologies and physical mechanisms behind gas production in these formations
(Ambrose et al., 2010; Javadpour, 2009a; Sondergeld et al., 2010a). At the same time, I
have developed a pore-scale method to (1) analyze the imaged pore space; (2)
characterize slip and no-slip flows, Knudsen diffusion and Langmuir desorptionadsorption; and (3) calculate apparent petrophysical properties (Shabro et al., 2009b;
Shabro et al., 2011a). Apparent permeability depends on the smoothness of mineral grain
surfaces, pressure, temperature, and gas molar mass as well as on pore-scale morphology.
Gas and surface types, pressure, and temperature also control Langmuir desorption.
In this chapter, the pore-scale model is combined with a modified reservoir-scale
model to honor the suggested nano-scale physical transport mechanisms known to take
place in shale-gas formations. The goal is to describe shale-gas production and model gas
production in these formations from fundamental physical principles. In addition, I have
developed a criterion to model gas desorption when a formation deviates from the
equilibrium desorption-adsorption state during production. The presented model provides
an evaluation of the significance of each transport mechanism in shale-gas production. It
also offers a predictive tool for gas production performance within the constraint of
existing physical understanding. Because it is based on fundamental fluid transport
mechanisms, the simulation method provides an adequate physical understanding of gas
production in shale formations. However, since the model is computationally ambitious,
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predictions are limited by the pore-scale characterization capabilities and the
computational resources available; consequently, the presented predictions are at best
qualitative in nature.
Firstly, compressible gas flow is modeled in a tube via the finite-difference
method, taking into account the effects of slip and no-slip flows, Knudsen diffusion, and
Langmuir desorption-adsorption. Subsequently, I invoke the pore-scale finite-difference
method (Shabro et al., 2009b; Shabro et al., 2011a) to integrate the effects of slip and noslip flows, Knudsen diffusion, and Langmuir desorption-adsorption. Next, the pore-scale
model is combined with a one-dimensional radial reservoir model to appraise the effects
of permeability variation and desorption when pressure is varied in the reservoir. The
results and discussion section of this chapter summarizes the combined effect of
interplaying transport mechanisms. Finally, I evaluate and summarize the significance of
the suggested mechanisms in the production of gas-bearing shales.

4.2 GAS DESORPTION AND FLOW IN A CYLINDRICAL TUBE
I solve the equations of gas flow in a tube by taking into account the effects of no
slip and slip-flow, Knudsen diffusion, and Langmuir desorption. The fundamental model
in this section is extended in the next sections to develop complementary pore-scale and
radial reservoir-scale descriptions that incorporate all the abovementioned flow
mechanisms.
It was previously shown that slip-flow and Knudsen diffusion are important flow
mechanisms in shale-gas formations. In doing so, I invoked different Knudsen regimes to
differentiate shale-gas reserves from conventional gas reserves (Knudsen, 1934). Slip and
no-slip flow mechanisms as well as Knudsen diffusion can be combined in one equation
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to model gas flow for both conventional and shale-gas formations (Javadpour, 2009a;
Shabro et al., 2009b). The gas flux equation in a cylindrical tube that takes into account
Knudsen diffusion and advective gas flow is given by
 8R T 
2

u
J  


  M  3RuT avg 8 pavg

r 2  ( P2  P1 )
 2 
,

1
r





L
    8 

(4.1)

where J is volume flux, Ru is the universal gas constant, T is temperature, M is gas molar
mass, P1 and P2 are pressures at the inlet and outlet of the tube, respectively, pavg
[=(P1+P2)/2] is the average pressure, ρavg is average gas density, α is the tangential
momentum accommodation coefficient, μ is gas viscosity, r is the tube radius, and L is
the length of the tube. The first term between brackets in Equation 4.1 represents
diffusive flow and slip flow; the second term corresponds to conventional models. If the
first term is neglected, Equation 4.1 simplifies to Hagen-Poiseuille’s equation and
permeability is equal to r2/8. On the other hand, when r decreases, the second term
decreases more rapidly than the first term; this effect results in the increasing contribution
of diffusion and slip flows to the total flow. Other characteristics of porous media and gas
such as temperature, pressure, gas type and wall-surface smoothness influence the
transition from conventional models (dominant second term) to increasing contribution of
slip flow and Knudsen diffusion (dominant first term). Slip flow and diffusion become
dominant flow mechanisms in formations with pore-throat sizes in the range of
nanometers and at low pressures.
I align a cylindrical tube in the X-direction and model diffusion, slip and no-slip
flows along with Langmuir desorption in a one-dimensional (1D) Cartesian framework.
Mass conservation requires that the difference between influx and outflux be equal to the
algebraic sum of generation and accumulation. The resulting mass balance is written as
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   J  G ,
t

(4.2)

where  is porosity ( = 1 for a tube), ρ is gas density, t is time, and G is the generation
term. Here, I assume that Langmuir desorption and adsorption are the sole contributing
mechanisms to the generation term in a shale-gas formation. In the presence of adsorbed
gas on the tube wall, the generation term is the superposition of Langmuir desorption and
adsorption mechanisms (Ruthven, 1984). Desorption volume flux is defined by
J des  K des ,

(4.3)

where Kdes is the desorption coefficient and θ is fractional coverage (the number of filled
surface sites divided by the number of total surface sites available for gas molecules to
adhere to the surface). Desorption flux depends on both material properties and fractional
coverage. Adsorption volume flux is expressed as
J ads  K ads 1    P ,

(4.4)

where Kads is the adsorption coefficient, and (1 - θ) is the fractional vacancy (the number
of unfilled surface sites divided by the number of total surface sites available for gas
adsorption). The desorption flux is only dependent on material properties and the
fractional coverage, while adsorption flux depends on material properties, fractional
vacancy and also pressure. These two mechanisms (gas desorption and adsorption) are
continually present and they nullify the effects of one another at equilibrium.
Consequently, the fractional coverage at equilibrium is given by



Kads P
.
Kdes  Kads P

(4.5)

Equilibrium fractional coverage depends on pressure and surface-gas chemistry
via Kads and Kdes. In a producing shale-gas reservoir, pressure drops cause desorption flux
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to surpass adsorption flux. The difference between these two fluxes gives rise to
produced gas due to desorption. As a result, the generation term becomes
G

Surface
2 rx
2
 J des  J ads   2  J des  J ads    J des  J ads  ,
Volume
r x
r

(4.6)

where x is the length of the tube. Figure 4.1 illustrates the interplay of the desorptionadsorption contributions with the input and output fluxes in a tube. By combining
Equations 4.1 and 4.6 with Equation 4.2, I describe the mass conservation, flow, and
desorption mechanisms for a tube as




  k   2
     P     J des  J ads  ,
t
x   x  r

(4.7)

where k is apparent permeability, defined as (Javadpour, 2009a)
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The equation of state transforms density to pressure in Equation 4.7. By
substituting Equations 4.3 and 4.4 in Equation 4.7, I obtain



  P    Pk   2 P
 P 
 K des  K ads 1    P  ,
  
t  z  x  z  x  zr

(4.9)

where z is the gas compressibility factor. I assume that the gas compressibility factor is
constant, whereby the gas compressibility factor is simplified from Equation 4.9. This
assumption is allowable in the modeled shale-gas reservoir. The simplified Equation 4.9
is discretized to obtain




Px ,t 1  Px ,t
t
2 Px ,t
r

K
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(4.10)

where t and x are time-step and grid size, respectively. Gas viscosity is defined in each
grid and can be updated with changes of pressure. If the fractional coverage (θx,t) is
identified, I find the solution explicitly from Equation 4.10 to model gas flow and
desorption mechanisms in a cylindrical tube.
Fractional coverage is iteratively solved at each step to satisfy the mass balance
condition at the tube wall surface. Mass balance at the surface specifies that effective gas
desorption flux must be consistently justified by the change in fractional coverage.
Surface mass balance is formulated as

  K des x ,t  K ads 1   x ,t  Px ,t 1  t 

S0 M
 x,t   x,t 1  ,
NA

(4.11)

where S0 is the number of total surface sites available for gas adsorption per surface area,
M is the gas molar mass, and NA is the Avogadro constant. The left hand side of Equation
4.11 is the mass of the generated gas calculated from the modeled gas desorption and
adsorption terms, whereas the right-hand side of Equation 4.11 stands for the mass of
generated gas due to changes in fractional coverage when pressure decreases.
The following algorithm is used to identify fractional coverage iteratively.
Assuming that the reservoir is at equilibrium at initial conditions, the initial fractional
coverage in the first time-step is calculated from Equation 4.5 at the initial pressure. The
new pressure (Px,t+1) is found explicitly from Equation 4.10, and the new fractional
coverage (θx,t+1) is calculated via Equation 4.5 at the new pressure. If the surface mass
balance (Equation 4.11) is satisfied within an error margin (equal to 1% in simulations),
the model is advanced to the next time-step. On the other hand, if surface mass balance is
not satisfied, then the desorption and adsorption coefficients (Kdes and Kads), or the
fractional coverage (θx,t+1) are modified to honor surface mass balance.

99

If the left-hand side of Equation 4.11 exceeds the right hand side, the modeled
desorption process has surpassed the possible gas generation due to pressure drop. To
counteract this problem, the new desorption and adsorption coefficients (Kdes_new and
Kads_new) for that specific calculation of Px,t+1 are revised using the relationship
K des _ new
K des _ old



K ads _ new
K ads _ old

S M

  0  x ,t   x ,t 1   /   K des x ,t  K ads 1   x ,t  Px ,t 1 t  ,


 NA




(4.12)



and Px,t+1 and θx,t+1 are calculated again using Equation 4.10. This condition occurs in
formations with low permeability and high desorption rates.
Conversely, if the right-hand side of Equation 4.11 exceeds the left-hand side,
possible gas generation due to pressure drop has surpassed the modeled desorption
process. To offset this effect, the fractional coverage (θx,t+1) is updated via

 x ,t 1   x ,t    K des x ,t  K ads 1   x ,t  Px ,t 1 

tN A
,
S0 M

(4.13)

thereby securing convergence. This latter condition takes place in formations with high
permeability and low desorption rates. It also arises at the near-wellbore region where
pressure varies significantly in short periods of time.
Figure 4.2 shows a flowchart of the implementation of the iterative method and
surface mass balance using Equations 4.11, 4.12 and 4.13 combined with Equation 4.10. I
assess the contribution of desorption by disregarding the generation term, G, in Equation
4.6 for cases without desorption.
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Figure 4.1: Desorption-adsorption contributions to flow in a tube. Output flux is the
superposition of input flux, effective desorption (desorption flux minus
adsorption flux) and the change in accumulated gas in the tube due to
pressure variations.
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Figure 4.2: Flowchart describing the iterative implementation of surface mass balance
and the combined reservoir and pore-scale modeling of production in shalegas formations.
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4.3 PORE-SCALE MODELING OF GAS DESORPTION AND FLOW
I previously developed a systematic pore-scale approach to model gas flow in
mud-rocks (shales and siltstone) with pore-throat sizes in the nanometer range (Shabro et
al., 2009b). This model included both Knudsen diffusion and advection transport at
various Knudsen regimes while neglecting inertia and gas compressibility effects.
Geometrical and physical parameters were combined with a space-dependent weighting
factor (d) and interstitial pressure was calculated with a generalized Laplace equation.
The method enforced Neumann’s boundary condition at the grain-pore surface along with
the adoption of finite pressures as boundary conditions at both inlet and outlet. Chapter 3
provides the mathematical description of this modeling strategy. Flow contributions due
to slip flow and Knudsen diffusion rapidly increase when the pore-throat sizes decrease
to the nanometer range and apparent permeability is defined to account for these
contributions (Javadpour, 2009a; Shabro et al., 2009b). Equation 4.8 describes important
parameters in calculating the apparent permeability in a tube excluding complexities due
to realistic morphologies of porous media. The following sections describe the addition
of gas desorption to the developed pore-scale flow modeling method.

4.3.1 Desorption and Adsorption at the Pore Level
In the presence of gas desorption from surfaces of organic matter and clay
minerals, mass balance requires that gas generation influences volumetric gas fluxes.
Mass balance is expressed as
 J 

Surface
 J des  J ads  ,
Volume

(4.14)

where J is gas volume flux in the interstitial space, Jdes is desorption volume flux, and Jads
is adsorption volume flux (Ruthven, 1984). Desorption volume flux is given by Equation
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4.3 and adsorption mass flux is defined by Equation 4.4. Adsorption flux depends on
material properties, fractional vacancy, and pressure. Both adsorption and desorption
mechanisms are continually present at the pore scale. When the contribution of
desorption exceeds the contribution from adsorption, the medium is effectively
desorbing, whereas in the reverse condition, the medium is effectively adsorbing. At
equilibrium, these two mechanisms are equal to each other, and the fractional coverage is
given by Equation 4.5. Equilibrium fractional coverage depends on pressure and
Kads/Kdes. Adsorption flux decreases when pressure decreases in the porous medium.
Desorption flux surpasses adsorption flux until a lower-equilibrium fractional coverage
becomes effective.
I add desorption and adsorption fluxes from Eqs. 4.3, 4.4, and 4.14 to the
generalized Laplace equation for gas flow (developed in Chapter 3) to obtain
  d P 

K des  K ads 1    P
.
Gridsize

(4.15)

The volume to surface ratio in Eq. 4.14 transforms to the inverse of grid size for each
grid. Fractional coverage for all grids is set equal to equilibrium fractional coverage at
inlet pressure. Equation 4.15 is solved via the conjugate gradient method (Shewchuk,
1994) to yield the spatial distribution of pressure. Then, apparent permeability is
calculated from fluid velocities in the interstitial space. The difference between calculated
apparent permeability at the inlet and outlet (Δk) represents the effects of desorption on
apparent permeability.

4.3.2 Permeability in the Presence of Desorption and Adsorption
I use 3D grid-blocks in Cartesian coordinates to implement the above pore-scale
assumptions to quantify the effect of desorption and adsorption on permeability of gas-
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bearing shale. First, a grain pack is constructed and compacted (Silin et al., 2003) to a
grain-radius distribution between 0.25 μm and 1.5 μm as described in Table 3.6.
Subsequently, the grain pack is digitized using a 10 nm grid size to yield a 3D grid-block.
Next, the 3D grid-blocks are uniformly cemented (Silin et al., 2003) to coat the grains
with clay minerals. The resulting 3D grid-block with porosity of 12% is modeled with the
corresponding parameters listed in Table 3.7. To model organic matter and adsorbed gas
at the pore-scale, organic matter is added to the surface of clay minerals and grains at
random locations. Next, organic matter is expanded toward clay minerals and grains until
I achieve a predefined value of TOC.
I find that apparent permeability calculated from velocity fields will vary when
gas desorption is taken into account. However, the effect is negligible when porous media
are in equilibrium at initial conditions. Figure 4.3 shows the relative change in the
calculated apparent permeability from velocity fields at the inlet and outlet of porous
media. Table 4.1 describes modeling parameters for Cases Nos. 1 to 5. The effect of gas
desorption on calculated apparent permeability is higher in porous media with smaller
grid sizes. Changes in apparent permeability are below 0.2% in Case No. 1. If the gas
desorption coefficient is increased 1000 times, (Case No. 2), changes in apparent
permeability are below 1%. On the other hand, when I increase the desorption coefficient
1000 times and decrease the pressure gradient 100 times, (Case No. 3), changes in
apparent permeability are still below 3%. When porous media are in adsorptiondesorption equilibrium during gas production, changes in apparent permeability due to
desorption become negligible. Cases Nos. 4 and 5 assume that equilibrium fractional
coverage is calculated at pressures 0.0001% and 0.001% higher than inlet pressure. The
non-equilibrium condition results in higher effective gas desorption, thereby affecting the
calculated apparent permeability by as much as 1000%. To conclude, gas desorption does
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not significantly affect the apparent permeability of gas-bearing shale as long as gas
production follows adsorption-desorption equilibrium; however, it could have a direct
effect on pressure maintenance in porous media.

4
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Figure 4.3: Permeability variations due to desorption versus grid size calculated from
pore-scale modeling of a 3D grid block with 12% porosity. Parameters for
Cases Nos. 1 through 5 are described in Table 4.1.
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Case
Pinitial
(Pa×106)
Pin
(Pa×106)
ΔPin-out/L
(kPa.m-1)
Kads
(m.Pa-1.s-1×10-19)
Kdes
-1

(m.s ×10-13)
Table 4.1:

1

2

3

4

5

3.2

3.2

3.2

3.2

3.2

3.2

3.2

3.2

100

100

1

100

100

3.7

3.7

3.7

3.7

3.7

7

7000

7000

7

7

3.200003 3.200032

Summary of modeling parameters assumed in the calculation of apparent
permeability variations due to gas desorption.

These models are applied here to calculate fundamental properties of porous
media. In particular, a cemented grain-pack represents the pore-scale image of a shale-gas
formation. Then, porosity and surface-to-volume ratio (χ) are calculated via image
analysis, and permeability is modeled with the finite-difference pore-scale model at each
time-step and in each grid. I interpolate the petrophysical properties of porous media
when pressure changes are small in order to decrease the total simulation time. A typical
permeability variation with pressure is shown in Figure 4.4 for a grain-pack with the
smallest throat diameter equal to 10 nm, porosity of 8.45% and surface-to-volume ratio
equal to 3.29  10 9 m-1. This grain-pack will be used as a model of a shale-gas pore-scale
image.
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Figure 4.4: Permeability variation versus pressure from pore-scale modeling of a grainpack with 8.45% porosity with the smallest throat size (diameter) equal to
10 nm. Permeability varies from 250 nd to 347 nd when pressure decreases
from 19.2 MPa to 7.2 MPa.

4.4 COMBINED PORE-SCALE AND RESERVOIR MODELING OF RADIAL GAS FLOW
I develop a 1D radial gas flow model based on the simulation schemes for the 1D
tube model to incorporate the effect of Langmuir desorption-adsorption terms. Equation
4.9 is written as




1   k
 
P
 r  P P    P  K des  K ads 1    P  ,
t
r r  
r 

(4.16)

where porosity, permeability and surface-to-volume ratio and desorption and adsorption
coefficients are calculated from the pore-scale model described in the previous section.
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Figure 4.5 is a schematic of the combined pore-scale and reservoir models of 1D radial
gas flow. Surface mass balance is achieved iteratively via Equations 4.11, 4.12 and 4.13.
Figure 4.2 shows a flowchart of the two combined models including surface mass
balance.
The value of t is updated at each time-step to ensure convergence of results. This
step is achieved by increasing t to twice the value when all the changes in pressure are
below 0.0001% in the relevant time-step and by decreasing t to half the value when at
least one of the changes in pressure is above 0.01% in the relevant time-step.
Convergence of the resulting model is tested by refining the grids in the radial direction
(and consequently, by refining the time-steps) and comparing the results of production
after a certain time. Figure 4.6 shows that simulated cumulative gas productions converge
after a few grid refinement steps of approximately 100 grids in the radial direction for
this case. Other modeling results such as pressure and production converge after a few
grid refinement steps.
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Figure 4.5: Schematic of the combined pore- and reservoir-scale models of 1D radial
gas flow. The pore-scale model provides the required petrophysical
parameters for each grid of the reservoir model, whereas the reservoir model
updates the pressure at each time-step. Representative images of shale-gas
formations from grain-packs, AFM, or FIB-SEM are input to the pore-scale
model.
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Figure 4.6: Convergence diagnostic of the pore-scale/reservoir-scale simulation model.
Production converges after a few grid refinement steps.
4.5 RESULTS AND DISCUSSION
First, I investigated the effect of desorption, slip flow and Knudsen diffusion in a
cylindrical tube as a simplified model of gas transport in porous media. Figure 4.7 shows
the cumulative production from a tube with radius equal to 2 nm. Corresponding
modeling parameters are listed in Table 4.2. If desorption is taken into account,
production will increase by 38% after 10 years. The resulting permeability for this tube is
1479 nd from Equation 4.8. If a bundle of tubes is constructed with the 2 nm tube and
porosity is 8.45%, permeability would be equal to 125 nd. If slip flow and Knudsen
diffusion are neglected, the conventional permeability will become three times smaller,
equal to 507 nd and 43 nd, respectively.
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In the next step, I used a grain-pack of 8.45% porosity to model shale-gas
formations using the physical parameters listed in Table 4.2. With the smallest throat size
equal to 5 nm, the resulting permeability from the pore-scale model varies between
250 nd and 347 nd, while the conventional permeability is invariably 188 nd. Figure 4.8a
compares production curves obtained with the combined pore-scale and reservoir models
for the cases when permeability is assumed constant or dependent on pressure, as well as
for the cases with and without desorption. The effect of desorption almost doubles the
cumulative production whereas the production rate decreases more slowly than the case
without desorption. Likewise, both production rate and cumulative production increase
when I take into account the pressure dependency of permeability, but less significantly
(about 15%). Nonetheless, if the conventional permeability is used, cumulative
production will decrease by approximately 33%. In Figure 4.8b, I observe the production
rate for a longer period of time for the cases with and without desorption. Figure 4.9
shows pressure distributions in the reservoir after 1 and 50 years of production with and
without desorption. Gas desorption maintains the reservoir pressure, and consequently, it
increases production rate and cumulative production in shale-gas reservoirs.
The modeling results suggest that desorption is the principal mechanism for
higher-than-expected production rates and longer production lives commonly observed in
shale-gas reservoirs compared to conventional reservoirs. Desorption effects increase
with organic matter content because organic matter is gas-absorbent and it causes the
number of total surface sites to increase. The high surface-to-volume ratio amplifies
desorption as well. In addition, slip flow and Knudsen diffusion increase permeability in
the nano-scale pores and throats of porous media, thereby giving rise to a higher
production rate of free gas than predicted by conventional reservoir simulation models.
Apparent permeability increases with pressure drop when slip flow and Knudsen
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diffusion are the prevailing flow mechanisms. It is therefore important that the two
mechanisms be taken into consideration in reservoir evaluations of gas-bearing shales.

Table 4.2:

Parameter

Value

r (nm)

2

μ (Pa.s) ×105

1.75

ρinitial (kg.m-3)

78.9

Kads (m.Pa-1.s-1)

3.7 ×10-19

Kdes (m.s-1)

7 ×10-13

α

0.8

M (kg.kmol-1)

16

T (K)

423

L (m)

100

Pintitial (MPa)

17.2

Pfinal (MPa)

8.6

 (%)

8.45

χ (m-1)

3.29 109

S0 (m-2)

7.3 ×1018

Summary of modeling parameters assumed in the calculations reported in
this chapter.
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Figure 4.7: Production curves for a tube with radius equal to 2 nm (χ = 10 9 m-1). After
10 years, cumulative production for the case of desorption is 38% higher
than cumulative production for a tube without desorption. Table 4.2
summarizes the remaining assumed modeling parameters.
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Figure 4.8: Production curves of a shale-gas reservoir constructed from representative
grain-packs with 8.45% porosity. (a) Cumulative production increases 15%
and 95% compared to conventional model (dashed blue line) in the cases of
added pressure dependency of permeability (solid blue line) and desorption
(dashed red line), respectively. When both effects are present (red line),
cumulative production increases 122% compared to conventional models.
Production decreases more gradually in the case with desorption than
without desorption. (b) Production rates for a longer period of time are
shown for the cases with and without desorption. Production comes to an
end faster in the case without desorption than in the case when desorption is
taken into account. This behavior indicates that desorption is responsible for
the longer life of shale-gas reservoirs compared to conventional reservoirs.
Table 4.2 describes the assumed modeling parameters.
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Figure 4.9: Radial profiles of pressure after (a) 1 year and (b) 50 years of production
from results shown in Figure 4.8. Desorption maintains reservoir pressure,
whereby it increases production rate and cumulative production in shale-gas
reservoirs.
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4.6 CONCLUSIONS
I combined a previously developed pore-scale model with a modified reservoir
simulation algorithm to predict production in gas-bearing shales. The description
simultaneously takes into account the effects of no-slip and slip flow, Knudsen diffusion,
and desorption. In doing so, I introduced a new surface mass balance mechanism to
model transient desorption. It was found that apparent permeability was higher than
conventional permeability in shale-gas formations due to slip flow and Knudsen
diffusion. However, Langmuir desorption does not change apparent permeability
significantly if adsorption-desorption equilibrium is maintained during gas production
and the rock morphology is not altered because of gas desorption. Results also indicated
that apparent permeability increased during production. Desorption of gas maintains
reservoir pressure for a longer period of time, thereby increasing both gas production
rates and the life of the reservoir. The effects of these two fluid transport mechanisms are
consistent with higher-than-expected gas production rates and longer gas production
periods commonly observed in gas-bearing shales.
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Chapter 5: Modeling Gas Diffusion in Kerogen at the Reservoir Scale

I introduce a new numerical algorithm to forecast gas production in organic shale
that simultaneously takes into account gas diffusion in kerogen, slip flow, Knudsen
diffusion, and Langmuir desorption. The algorithm incorporates the effects of slip flow
and Knudsen diffusion in apparent permeability, and includes Langmuir desorption as a
gas source at kerogen surfaces. I use the diffusion equation to model both lateral gas flow
in kerogen as well as gas supply from kerogen to surfaces.
Slip flow and Knudsen diffusion account for higher-than-expected permeability in
shale-gas formations, while Langmuir desorption maintains pore pressure. Simulations
confirm the significance of gas diffusion in kerogen on both gas flow and stored gas.
Relative contributions of these flow mechanisms to production are quantified for various
cases to rank their importance under practical situations.
Results indicate that apparent permeability increases while reservoir pressure
decreases. Gas desorption supplies additional gas to pores, thereby maintaining reservoir
pressure. However, the rate of gas desorption decreases with time. Gas diffusion
enhances production in two ways: it provides gas molecules to kerogen-pore surfaces,
hence it maintains the gas desorption rate while kerogen becomes a flow path for gas
molecules. For a shale-gas formation with porosity of 5%, apparent permeability of
59.7 µD, total organic carbon of 29%, effective kerogen porosity of 10%, and gas
diffusion coefficient of 10-22 m2/s, production enhancements compared to those predicted
with conventional models are: 9.6% due to slip flow and Knudsen diffusion, an extra
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42.6% due to Langmuir desorption, and an additional 61.7% due to gas diffusion after 1
year of production. The method introduced in this chapter for modeling gas flow
indicates that the behavior of gas production over time in shale-gas formations could
differ significantly from production forecasts performed with conventional models.

5.1 INTRODUCTION
Previously, I developed a pore-scale method to characterize slip and no-slip flow,
Knudsen diffusion (Shabro et al., 2009a), and Langmuir desorption-adsorption (Shabro et
al., 2011a). The combined impact of these flow mechanisms in shale gas is to increase
gas production in comparison to that calculated with conventional models. I invoked the
permeability enhancement due to slip flow and Knudsen diffusion and quantified the
corresponding apparent permeability in a one-dimensional (1D) radial reservoir model
(Shabro et al., 2011b). Langmuir desorption-adsorption mechanisms were implemented
as sources of gas to porous media. In order to model Langmuir desorption-adsorption at
non-equilibrium states, I used desorption and adsorption flow equations along with mass
conservation balance at the adsorbent surface instead of invoking the Langmuir
equilibrium equation (Shabro et al., 2011b). Langmuir desorption depends on chemical
potential energy between gas and surfaces, as well as on pressure and temperature.
In this chapter, I implement a modified reservoir model to examine underlying
physical transport mechanisms and to forecast gas production in shale-gas formations.
Apparent permeability is used instead of constant permeability to capture the effects of
slip flow and Knudsen diffusion on permeability. Kerogen surfaces are implemented as
sources of gas in the reservoir model. The source term is a combination of desorption and
adsorption fluxes. At the initial condition, the equilibrium state dictates that desorption
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and adsorption fluxes be equal. At the onset of gas production, adsorption flux decreases
due to pressure drop, and surfaces effectively desorb gas. I use a previously developed
criterion to model gas desorption at the non-equilibrium state where desorption flux
surpasses adsorption flux during production (Shabro et al., 2011b). Gas diffusion in
kerogen is added to the reservoir model by means of supplying gas from kerogen bodies
to surfaces. At equilibrium conditions, gas concentrations at kerogen surface and body
are identical. Once gas concentration at the surface decreases due to gas desorption, the
resulting gas concentration gradient invokes the gas diffusion mechanism. In turn, gas
diffusion in kerogen is a very slow process at the geological framework; nonetheless, a
significant gas concentration gradient makes gas diffusion an important part of modeling
gas production in shale-gas formations.
The developed model quantifies the impact of each transport mechanism in shalegas production. It also confirms that the additional physical transport mechanisms give
rise to measurable deviations from conventional models used to forecast gas production.
The new model relies on fundamental fluid transport mechanisms; therefore, it provides a
physical understanding of unconventional gas production performance in shale
formations. Limitations include the assumption of single phase flow in a 1D radial
reservoir and neglecting the effect of fractures.
Firstly, I invoke the modified reservoir model developed in Chapter 4 to
simultaneously take into account the effects of slip and no-slip flows, Knudsen diffusion,
and Langmuir desorption-adsorption. Next, I implement a numerical algorithm to model
gas diffusion between kerogen surfaces and bodies. The model is applied to several
practical cases to better understand the interplay effects of the various transport
mechanisms and to quantify the contribution of each mechanism over time. I conclude by
summarizing the importance of each flow mechanism involved in the calculations.
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5.2 RESERVOIR MODELING OF SLIP FLOW, KNUDSEN DIFFUSION, AND LANGMUIR
DESORPTION
I implement a modified 1D radial reservoir model (Shabro et al., 2011b) to take
into account the variability of permeability and gas source due to slip flow, Knudsen
diffusion, and Langmuir desorption. The modified 1D radial reservoir is described in
differential equation form as




1   ka  
P
r P P  G ,
t
r r   r 

(5.1)

where  is porosity, t is time, P is pressure, r is radial distance, μ is gas viscosity, ka is
apparent permeability, and G is a generation term due to gas desorption.
I showed that slip flow and Knudsen diffusion are important flow mechanisms in
shale-gas formations. Apparent permeability is defined to account for these flow
mechanisms in a single expression and is written as
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where Ru is the universal gas constant, T is temperature, M is gas molar mass, pavg is
average pressure, ρavg is

average gas density, α is the tangential momentum

accommodation coefficient, and λ is an equivalent pore-throat radius to achieve the
desired apparent permeability. The first term in Equation 5.2 represents the no-slip flow
term and is associated with a conventional constant permeability, while the second term
in Equation 5.2 synthesizes the effect of slip flow and Knudsen diffusion and it varies
during production as both average pressure and average gas density vary with time. If the
first term exceeds the second term significantly, then the conventional constant
permeability is sufficient to describe reservoir behavior. However, the study of different
Knudsen regimes in shale-gas formations indicates that slip flow and Knudsen diffusion
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are important flow mechanisms in these formations because of the existence of porethroat sizes in the nanometer range (Javadpour, 2009a; Shabro et al., 2009b).
Gas desorption via interaction of Langmuir desorption and adsorption fluxes lead
to the generation term given by
G   P  K des  K ads 1    P  ,

(5.3)

where χ is surface-to-volume ratio, Kdes is the desorption coefficient, Kads is the
adsorption coefficient, and θ is fractional coverage. The surface-to-volume ratio is
calculated as total kerogen surface divided by total rock volume and it depends on porescale geometry and heterogeneity of the shale-gas formation. Surface-to-volume ratio is
estimated from pore-scale images of shale-gas formations (Ambrose et al., 2010;
Sondergeld et al., 2010a). Desorption and adsorption coefficients are dependent on the
gas and surface chemical potential energies and temperature. These coefficients can be
calculated from Langmuir desorption experiments (Lu et al., 1995). Fractional coverage
represents the number of filled surface sites for gas molecules divided by the number of
total surface sites available for gas molecules to adhere to the surface.
The first term between parentheses in Equation 5.3 is desorption volume flux, Jdes,
and the second term is adsorption volume flux, Jads (Ruthven, 1984). Equation 5.3
explicitly assumes that the only gas source in a shale-gas formation is due to Langmuir
desorption and adsorption; subsequently, I emphasize the importance of gas diffusion in
kerogen to replenish fractional coverage. Consequently, gas diffusion in kerogen
implicitly supplies gas to the total production. Figure 5.1 illustrates the interplay of the
gas flux in the pore space, J, gas desorption and adsorption fluxes between surfaces and
the pore space, and gas diffusion flux in kerogen, Jdiff.
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Gas desorption and adsorption are both present continuously and they nullify the
effects of one another at the equilibrium state. The generation term is zero at the
equilibrium state, whereby the fractional coverage at equilibrium becomes

e 

Kads P
.
Kdes  Kads P

(5.4)

Equilibrium fractional coverage is controlled by pressure and the chemical potential
energy between the surface and gas. When reservoir pressure decreases due to gas
production, equilibrium fractional coverage decreases below the initial fractional
coverage. Then, fractional coverage decreases to the new equilibrium fractional coverage;
as a result, gas molecules desorb from surfaces. It is important to mention that a small
deviation from the equilibrium condition is necessary to generate desorbed gas. In other
words, the decrease of reservoir pressure causes gas adsorption flux to fall behind gas
desorption flux and the consequence is observed as effective desorption of gas molecules
from surfaces. Equation 5.4 defines the initial fractional coverage at initial reservoir
pressure.
I invoke a mass balance criterion at the surface to account for the non-equilibrium
condition. Mass balance at the surface is implemented as
 S M  
,
K des  K ads 1    P   0 
  N A  t

(5.5)

where S0 is the number of total surface sites available for gas adsorption per surface area,
ρ is gas density, and NA is Avogadro’s constant. The scaling term in parentheses converts
the dimensionless fractional coverage to gas flux. At the same time, the mass balance
condition enforces that effective gas desorption flux (the left hand side of Equation 5.5)
be consistently justified by the change in fractional coverage (the right hand side of
Equation 5.5). Fractional coverage is iteratively solved at each time step to satisfy the
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mass balance condition at surfaces. Figure 5.2 describes the iterative implementation of
surface mass balance along with the modified reservoir model. The iterative algorithm
updates the desorption and adsorption coefficients (condition “No. 1” in Figure 5.2) if the
effective gas desorption flux is greater than the produced gas due to the change in
fractional coverage; fractional coverage is updated (condition “No. 2” in Figure 5.2) in
the reverse condition. After the iterative process satisfies the surface mass balance
criterion (condition “Yes” in Figure 5.2), the model takes into account the gas diffusion
in kerogen. Shabro et al. (2011b) provide additional details about the iterative algorithm
implemented to calculate fractional coverage.
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Figure 5.1: Schematic of the modified 1D radial reservoir model. Numerical grids at the
reservoir scale are identified with light pink rings. Reservoir dimensions are
defined by thickness, h, external boundary, re, and wellbore radius, rw.
Kerogen bodies (green blocks) are located on kerogen surfaces with pores
(white blocks) of a uniform thickness equal to zK. Orange blocks identify
no-flow boundaries. The simulation algorithm calculates pressure, P, in the
pore space, fractional coverage, θ, at kerogen surfaces, and gas
concentration, C, in kerogen bodies. Blue arrows describe gas flow paths
due to advection, J, desorption, Jdes, adsorption, Jads, and diffusion, Jdiff. The
effective gas desorption rate is calculated as desorption flux minus
adsorption flux. Gas diffusion in kerogen occurs in two directions: (1)
parallel to the surface, and (2) toward the surface. Flow of gas toward the
surface enriches the gas concentration at the surface (fractional coverage),
thereby maintaining the gas desorption rate.
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Figure 5.2: Flowchart of the modified reservoir model of shale-gas formations advanced
in this chapter. The simulation algorithm solves Equations 5.1 to 5.10 at
each time step, Δt, to calculate pressure, P, fractional coverage, θ, and gas
concentration in the kerogen body, C, at each grid. Fractional coverage,
desorption coefficient, Kdes, and adsorption coefficient, Kads, are updated via
the iterative algorithm described by Shabro et al. (2011b).

5.3 GAS DIFFUSION IN KEROGEN
The migration of hydrocarbon in shale formations is modeled as a diffusion
mechanism in typical geological time frames (Thomas and Clouse, 1990). Diffusion of
methane molecules in zeolite crystals has shown the ability of methane molecules to
diffuse through solid matrices. The methane diffusion coefficient, D, in zeolite crystals is
approximately 10-22 m2.s-1 at room temperature (Ruthven, 1984). I describe the
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significance of gas diffusion in kerogen on both gas flow and stored gas during shale-gas
production.
Kerogen bodies are located on kerogen surfaces with a uniform thickness (zK).
Total organic carbon, TOC, is calculated by
TOC   K z K ,

(5.6)

where χK is kerogen surface per bulk volume. Figure 5.1 shows a schematic of kerogen
and flow paths due to advection, desorption, adsorption, and diffusion. Gas diffusion flux
in kerogen is given by
J diff   K D C ,

(5.7)

where K is effective kerogen porosity, and C is gas concentration in the kerogen body.
Gas molecules flow from locations with high concentrations to locations with low
concentrations. Conservation of gas molecules at kerogen bodies enforces the condition
  J diff  0 .

(5.8)

I combine Equations 5.7 and 5.8 to model gas diffusion in kerogen bodies.
However, there is no standard method to model gas diffusion from kerogen bodies to
kerogen surfaces. I hypothesize that gas diffusion from kerogen bodies to kerogen
surfaces is a linear function of the difference between fractional coverage and gas
concentration at kerogen body. Accordingly, I modify Equation 5.7 to define gas
diffusion flux from kerogen bodies to kerogen surfaces as
J diff  K D

C 
,
z

(5.9)

where Δz is the distance between the center of kerogen body and kerogen surface. Mass
balance at kerogen surface is enforced by updating fractional coverage as
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  NA 
 J diff t ,
 S0 M 

 new    

(5.10)

where Δt is the time step. Gas diffusion influx increases fractional coverage at each time
step. The fractional coverage enhancement at each time step due to gas diffusion
(Equation 5.10) increases the generation term (Equation 5.3) for the next time step.
Consequently, gas diffusion in kerogen implicitly increases the total gas production by
supplying gas to kerogen surfaces.
The conventional model only uses Equation 5.1 with the generation term equal to
zero and a constant permeability (hereafter referred to as “Conventional”). Slip flow and
Knudsen diffusion are accounted for by implementing Equation 5.2 in the
“Conventional” case (hereafter referred to as “Add slip flow”). In order to implement
Langmuir desorption-adsorption, the generation term is calculated via Equation 5.3 and
the surface mass balance criterion (Equation 5.5) is satisfied via the iterative algorithm
described by Shabro et al., (2011b). Henceforth I refer to the reservoir model with slip
flow, Knudsen diffusion, and Langmuir desorption-adsorption as “Add desorption”. The
comprehensive reservoir model includes gas diffusion in kerogen. Figure 5.2 is a
flowchart of the modified reservoir model introduced in this chapter (hereafter referred to
as “Add diffusion”). Production curves with respect to time are shown for the four
reservoir models involved in Figure 5.3a.
Figure 5.1 describes the numerical grids used for calculations with the modified
reservoir model. In order to ensure convergence of results, the time step is increased to
twice its value when changes in pressure, fractional coverage, and gas concentration fall
below 0.001% in the current time step at all numerical grids. The algorithm decreases t
to half its value when the largest change in these three parameters is above 0.001% in the
current time step.
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Figure 5.3: (a) Production curves of a shale-gas reservoir over the course of 1 year with
modeling parameters shown in Table 5.1. Production curves overlap at early
times; however, the contributions of slip flow, Knudsen diffusion, Langmuir
desorption, and gas diffusion in kerogen increase the production velocity for
each case as time progresses. (b) Difference between production velocity for
the “Add desorption” and “Add diffusion” cases with respect to time. The
contribution of gas diffusion to total production is negligible at early times.
Gas diffusion to kerogen surfaces acts as a constant source of gas after its
maximum level at 3×10-4 year.
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5.4 RESULTS AND DISCUSSION
I study the effect of slip flow and Knudsen diffusion, gas desorption from
surfaces, and gas diffusion in kerogen by comparing production forecasts calculated with
the previously defined reservoir models. Figure 5.3a shows the calculated production
velocity in a 1D radial reservoir with 1 m thickness, h, external boundary, re, equal to 100
m, and wellbore radius, rw, equal to 0.3 m after 1 year of production. Table 5.1
summarizes the assumed modeling parameters. The numerical algorithm uses 10 and 3
numerical grids to define reservoir radial range and kerogen thickness, respectively.
Production velocities in all four cases are equal at early times (before 10-7 year) where the
prevailing production source is near-wellbore gas stored in the pore space and there is no
significant pressure drop. After a short production period, pressure decreases at the nearwellbore region. As a result, the Langmuir equilibrium condition (Equation 5.4) is
disturbed at surfaces near the wellbore. The corresponding deviation from equilibrium
causes the desorption flux to exceed the adsorption flux. Effective desorption acts as a
source of gas (Equation 5.3), thereby maintaining both reservoir pressure and production
velocity. Production velocities for cases “Add desorption” and “Add diffusion” separate
from the remaining two cases after 10-7 year.
As shown in Figure 5.4a, pressure decrease has an additional consequence:
apparent permeability increases due to slip flow and Knudsen diffusion (Equation 5.2).
At initial reservoir pressure (Pintitial=17.2 MPa), apparent permeability is 59.7 µD from
Equation 5.2. I assume that laboratory experiments are conducted at initial reservoir
pressure and I use 59.7 µD as a constant permeability in the “Conventional” case.
However, apparent permeability increases to 68.8 µD as pressure decreases to final
reservoir pressure (Pfinal=8.6 MPa). Figure 5.4b shows apparent permeability at 1 m from
the center of the well for the four modeling cases. Apparent permeability increases with

130

time as pressure decreases in the reservoir for the “Add slip flow” case. As a result,
production velocity in the case of “Add slip flow” surpasses that of the “Conventional”
case after 10-6 year in Figure 5.3a. The enhancement in apparent permeability is smaller
in the cases of “Add desorption” and “Add diffusion” because desorption and diffusion
mechanisms counteract the pressure decrease by supplying gas to the pore space.
As gas desorption takes place, gas concentration at kerogen surfaces (fractional
coverage) decreases and causes a concentration gradient in kerogen. In turn, the
concentration gradient gives rise to gas diffusion toward kerogen surfaces (Equation 5.9).
Gas diffusion acts as a source of gas to maintain gas concentration at kerogen surfaces.
The resulting effect is observed in Figure 5.3a after 10-5 year when production velocity in
the “Add diffusion” case exceeds production velocity in the “Add desorption” case.
Figure 5.3b shows the difference between production velocities for the “Add desorption”
and “Add diffusion” cases with respect to time. Gas diffusion to kerogen surfaces acts as
an almost constant source of gas after it reaches the maximum difference at 3×10-4 year. I
observe that the contribution of gas diffusion to total production is negligible at early
times (before 10-5 year).
Quantitative analysis of production curves shown in Figure 5.3a indicates that
recovery factors are different in all modeling cases. Recovery factor is 37.7% and 41.3%
for the “Conventional” and “Add slip flow” cases, respectively. The extra 9.6% gas
production in the case of “Add slip flow” is due to apparent permeability enhancement
caused by slip flow and Knudsen diffusion. Furthermore, the contribution of gas
desorption increases the total production by 42.6% while the recovery factor decreases to
17.3%. In this case, the assimilation of adsorbed gas on kerogen surfaces increases total
reserves. Gas diffusion from kerogen increases the total production by an extra 61.7% but
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it decreases the recovery factor to 10.4% due to the corresponding increase of total
reserves.
In the next step, I examine the pressure drop in the reservoir for the four modeling
cases. Figure 5.5 shows that reservoir pressure decreases due to gas production; however,
the generation term maintains the reservoir pressure for the cases of “Add desorption”
and “Add diffusion”. In the cases of “Conventional” and “Add slip flow”, there is no
generation term and, consequently, the resulting pressure decrease is similar in the two
cases after 0.001 year. The pressure decrease is slightly higher in the case of “Add slip
flow” after 1 year because slip flow and Knudsen diffusion raise the apparent
permeability when pressure decreases. In the presence of the generation term in the case
of “Add desorption”, the reservoir pressure decrease is smaller than the last two cases,
whereby it increases production velocity and cumulative production in shale-gas
reservoirs. Gas diffusion to kerogen surfaces provides an additional source of gas and
maintains fractional coverage. Therefore, the generation term in the “Add diffusion” case
is larger than the case of “Add desorption” and the net reservoir pressure decrease is
lower than in the presence of gas diffusion in kerogen.
Finally, important modeling parameters are varied to quantify their relative effects
on gas production over time. Figure 5.6 describes production velocities calculated when
there is a change in gas diffusion coefficient, kerogen porosity, TOC, and surface-tovolume ratio. When the gas diffusion coefficient decreases to 10-22 m2.s-1 (Figure 5.6a),
gas diffusion to kerogen surfaces becomes negligible before 2×10-3 year. At a higher gas
diffusion coefficient, 10-20 m2.s-1, gas diffusion contributes significantly to the production
after 2×10-4 year. However, production velocities are similar in both cases after 10-1 year
because the higher concentration gradients between kerogen surfaces and bodies
compensate the lower gas diffusion coefficient in the former case. Cumulative production
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decreases only 1.2% for the case with lower gas diffusion coefficient because there is no
change in total reserves. Kerogen porosity is doubled in Figure 5.6b to increase total
reserves by 62%; as a result, the cumulative production increases by 7.7%. Figure 5.6c
describes the case when TOC decreases to half of its original value; total reserves
decrease by 31% and the cumulative production decreases by 6.8%. In the latter two
cases (Figures 5.6b and 5.6c), changes in cumulative production are smaller than the
variation of total reserves. The reason for this behavior is that the additional gas in
kerogen needs to be transported through surface and pore space and there is no change
neither in desorption nor advection transport mechanisms. I double the surface-to-volume
ratio to emphasize gas desorption (Figure 5.6d); cumulative production increases by 27%
and 17% for the cases of “Add desorption” and “Add diffusion”, respectively. Figure 5.6
indicates that gas production in the case of “Add diffusion” surpasses that of the “Add
desorption” case at early times. Gas diffusion coefficient determines the time when
production curves separate in these two cases. Kerogen porosity and TOC control the
extent of the separation between the two production curves.
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Table 5.1:

Parameter

Value

Parameter

Value

ka (µD)

59.7

θe at Pintitial

0.9



5%

χ (m-1)

3.29 1010

Pintitial (MPa)

17.2

S0 (m-2)

7.3 ×1019

Pfinal (MPa)

8.6

D (m2.s-1)

1×10-22

μ (Pa.s)

1.75×10-5

TOC

29%

ρinitial (kg.m-3)

85.6

K

10%

α

0.8

re (m)

100

M (kg.kmol-1)

16

rw (m)

0.3

T (K)

423

h (m)

1

Kads (m.Pa-1.s-1)

3.7 ×10-19

χK (m-1)

1 108

Kdes (m.s-1)

7 ×10-13

zK (nm)

2.9

Summary of modeling parameters assumed in the calculations reported in
this chapter.
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Figure 5.4: (a) Apparent permeability versus pressure. Apparent permeability increases
from 59.7 µD to 68.8 µD due to slip flow and Knudsen diffusion when
pressure decreases from 17.2 MPa to 8.6 MPa. (b) Apparent permeability 1
m away from the well center in the four modeling cases described in Figure
5.3. Permeability is constant at 59.7 µD in the case of “Conventional”.
Apparent permeability increases in the remaining three cases with time as
pressure decreases in the reservoir. The highest apparent permeability
increase is observed for the case of “Add slip flow” because of the
corresponding high pressure decrease in the reservoir. The generation term
in the cases of “Add desorption” and “Add diffusion” slows down the
pressure decrease, thereby giving rise to a smaller enhancement of apparent
permeability.
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Figure 5.5: Radial profiles of pressure after (a) 0.001 year and (b) 1 year of production
from results shown in Figure 5.3. Desorption maintains reservoir pressure,
whereby it increases production velocity in shale-gas reservoirs. In addition,
gas diffusion from kerogen sustains fractional coverage and indirectly
maintains reservoir pressure. The drop of reservoir pressure in the
“Conventional” case is lower than in the “Add slip flow” case because the
enhanced permeability due to slip flow and Knudsen diffusion gives rise to a
higher production velocity in the case of “Add slip flow”.
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Figure 5.6: Dashed curves describe gas production of a shale-gas reservoir with 5%
porosity, 16.5 µD permeability, 29% TOC, 10% kerogen porosity,
3.29 1010 m-1 surface-to-volume ratio, and gas diffusion coefficient equal
to 10-20 m2.s-1. Table 5.1 describes the remaining modeling parameters.
Petrophysical properties are changed in each panel with the corresponding
results shown in solid curves. When a solid curve overlaps a dashed curve
the respective petrophysical property does not affect the production velocity
for the overlapping curve. (a) Diffusion coefficient is decreased to
10-22 m2.s-1. (b) Kerogen porosity is doubled in this case. (c) TOC is
decreased to half its value. (d) Surface-to-volume ratio is increased 100%.
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5.5 CONCLUSIONS
I introduced a new 1D radial reservoir model to quantify production of gasbearing shales. The numerical algorithm concomitantly considers slip flow, Knudsen
diffusion, Langmuir desorption, and gas diffusion in kerogen. Slip flow and Knudsen
diffusion increase the apparent permeability; gas desorption from kerogen surfaces acts
as a source of gas; and gas diffusion in kerogen replenishes the gas source at surfaces.
Four modeling cases were developed to quantify the effect of each transport mechanism.
Modeling results suggest that gas desorption from kerogen surfaces and gas diffusion in
kerogen maintain reservoir pressure by supplying gas to the pore space thereby becoming
the main mechanisms responsible for higher-than-expected production velocities
commonly observed in shale-gas reservoirs. Slip flow and Knudsen diffusion marginally
enhance the production velocities in gas-bearing shales. Kerogen surface-to-volume ratio
is the controlling parameter for gas desorption. Effective kerogen porosity, TOC, and the
gas diffusion coefficient in kerogen are important physical parameters to quantify shalegas production and reserves. Advection, desorption, and diffusion mechanisms act
sequentially in time to influence gas production; therefore, a systematic inclusion of each
transport mechanism is necessary to provide reliable forecasts of gas production in shalegas reservoirs.
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Chapter 6: Pore-Scale Modeling of Electrical Conductivity

I introduce new pore-scale methods to quantify conventional and unconventional
petrophysical properties of hydrocarbon-bearing shale. These models are applied to a
pore-scale representation of the lower Eagle Ford shale based on focused ion beamscanning electron microscope (FIB-SEM) images. I propose a new fluid percolation
model for hydrocarbon-bearing shale that expands hydrocarbon (HC) from kerogen
surfaces and water from grain and clay surfaces into the pore space to vary fluid
saturation. To increase kerogen maturity in the model, isolated pores are randomly
distributed within kerogen. Electrical resistivity is calculated with a finite-difference
solution of Kirchhoff's voltage law applied at the pore scale. The presence of the Sterndiffuse layer enhances shale conductivity via a thin layer of highly conductive water
residing at the boundary of grains and clays. Organic matter is gas adsorbent, whereby its
presence alters the morphology of water at the pore-scale; consequently, it blocks
electrically conductive paths and decreases the conductivity of the formation. The porescale model allows a critical study of the ΔLogR evaluation method in gas-bearing shale
from a physical point of view.
A parallel conductor model is introduced based on Archie’s equation for water
conductivity in pores and a parallel conductive path for the Stern-diffuse layer. The
model is compared to Waxman-Smits’ and Archie’s methods to predict macroscopic
electrical conductivity. Using practical modeling parameters, the parallel conductor
model yields the most accurate prediction of pore-scale sample conductivity for various
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cases of water saturation and conductivity. Finally, a non-destructive core analysis
method is proposed to estimate input parameters of the parallel conductor model in shale
formations.

6.1 INTRODUCTION
Recent developments in pore-scale characterization methods and advanced
imaging technologies have enabled morphological visualization of localized pore, grain,
kerogen, and clay networks in small shale samples. At the same time, physical fluid
transport mechanisms in unconventional reservoirs have been the subject of many
studies. Knudsen diffusion and slip flow enhance the permeability of gas-bearing shale
(Cui et al., 2009; Javadpour, 2009a; Sakhaee-Pour and Bryant, 2011; Sondergeld et al.,
2010b). Hadibeik et al. (2012a; 2012b) introduced an automated pulse method to infer
reservoir pressure and permeability of shale-gas and tight formations. Langmuir
desorption is important to supply gas into these formations to maintain high reservoir
pressures and counteract the reduction in gas production (Cheng and Huang, 2004; Ross
and Marc Bustin, 2009; Ambrose et al., 2010; Shabro et al., 2011b). Gas diffusion in
kerogen increases the life of a reservoir by supplying gas to kerogen surfaces and
maintaining the Langmuir desorption rate (Shabro et al., 2012a). Langmuir desorption
and gas diffusion in kerogen are gas transport mechanisms that suggest the importance of
high organic matter content in gas-producing shale (Passey et al., 2010; Shabro et al.,
2012a).
Electrical conductivity of shale has been modeled in the presence of organic
matter (Passey et al., 1990; Shabro et al., 2011a) and the Stern-diffuse layer (Waxman
and Smits, 1968; Revil, 2013). However, there is no standard workflow for using
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available FIB-SEM images along with pore-scale methods to quantify unconventional
petrophysical properties in shale strata. I introduce a self-consistent pore-scale study that
honors both physical understanding of fluid transport mechanisms and shale
compositional morphology to evaluate petrophysical properties.
In this chapter, I introduce a new fluid percolation method for shale formations.
Subsequently, electrical conductivity is modeled in the presence of conductive Sterndiffuse layer. Percolation and conductivity models are applied to the Eagle Ford FIBSEM image from Chapter 3 as well as to an altered version of the image representing a
kerogen type III sample. In addition, I model electrical resistivity to account for the effect
of organic matter volume in hydrocarbon-bearing shale. Finally, a new parallel conductor
model is compared to Waxman-Smits’ and Archie’s methods to predict macroscopic
electrical conductivity.

6.2 FLUID PERCOLATION METHOD
The maximum inscribed sphere percolation method (Silin et al., 2003) is not
applicable to images with pore-throat sizes in the range of nanometers, because capillary
pressures based on nanometer sphere radii exceed typical reservoir pressures. I
hypothesize that all kerogen surfaces are hydrocarbon-wet while grain and clay surfaces
are water-wet. When grain and clay surfaces have a higher attraction force for water than
the attraction force between kerogen and HC, the fluid percolation condition is deemed a
water-wet condition (WWC). Hydrocarbon-wet conditions (HCWC) represent the reverse
circumstance where the attraction force between kerogen surfaces and HC is higher than
between grain and clay surfaces and water. In WWC, water saturation (Sw) starts from
100% and HC voxels grow from kerogen surfaces into pore space in consecutive steps. In
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HCWC, the image is at residual HC saturation (SHCr) and water voxels grow from grain
and clay surfaces into pore space in successive steps. The layer adjacent to charged clay
and mineral surfaces has an abnormally high volumetric concentration of cations from the
in-situ electrolyte and can be equivalently described with a distribution of surface
conductivity, hereafter called the Stern-diffuse layer.

Kerogen
type

Model

Swir (%)

SHCr (%)

F

n

σwir (S.m-1)

I-II

WWC

32.8

24.6

68.1

2.64

0.0311

I-II

HCWC

18.5

39.5

54.2

2.99

0.0134

III

WWC

33.2

36.4

86.7

2.85

0.0235

III

HCWC

15.3

54.4

67.8

3.10

0.0088

Table 6.1:

Summary of modeling results for the original FIB-SEM and kerogen type III
images.
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Figure 6.1: Fluid distribution at Sw≈50% along a slice of the FIB-SEM image for the
cases of (a) water-wet and (b) hydrocarbon-wet conditions.
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Figure 6.1 shows fluid position when applying WWC and HCWC at Sw≈50% for
the FIB-SEM image with kerogen type I-II. There is a film of water on grains and clays
in Fig. 6.1a which increases water connectivity for the case of WWC. Conversely, water
exists mostly in pores in Fig. 6.1b which is due to HC-wet preference for voxels that
exhibit kerogen surface as well as grain or clay surface. Table 6.1 lists the calculated
irreducible water saturation (Swir) and residual HC saturation. Irreducible water
saturations are within the range observed in the lower Eagle Ford shale.

6.3 ELECTRICAL CONDUCTIVITY MODEL
I invoke a finite-difference solution of the generalized Laplace equation based on
Kirchhoff's voltage law at the pore scale given by
   g V  0 ,

(6.1)

where σg is electrical conductivity at each voxel, and V is voltage. Finite voltages at the
inlet and outlet determine the boundary conditions. The finite-difference form of
Equation 6.1 is solved with the conjugate gradient method (Shewchuk, 1994) to calculate
the spatial distribution of electrical current. In turn, the effective electrical conductivity of
the image (σ) is calculated from electrical current and applied voltage at the inlet and
outlet.
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Figure 6.2: Electrical conductivity modeling results from the FIB-SEM image for the
cases of WWC and HCWC along with the fitted curves using Equation 6.2.

Figure 6.2 shows the results of the electrical conductivity model for the cases of
WWC and HCWC. In the conductivity model, water conductivity (σw) is 4 S.m-1, and
Stern-diffuse layer conductivity (σD) is 24 S.m-1. Equivalent water and Stern-diffuse layer
salinities are 25,000 ppm and 200,000 ppm, respectively. Kerogen, HC, grains, and clays
are regarded as perfect insulators. Modeling results do not exhibit a linear trend in the
log-log plot as predicted by Archie’s equation. The Stern-diffuse layer exists in all water
saturations and acts as a parallel conductive layer. To superimpose parallel conductive
paths, effective conductivity is calculated as the summation of all conductivities. For this
case, the conductivity of the FIB-SEM image at irreducible water saturation (σwir) is taken
as a parallel conductive path to water conductive paths in the pore network. This parallel
conductivity value is added to Archie’s equation to yield
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where F is formation factor, n is saturation exponent, and σwir is given by
 wir  
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(6.3)

Figure 6.2 displays Equation 6.2 fitted to the modeling results for the cases of HCWC
and WWC. Table 6.1 summarizes the parameters which best fit the modeling results.
Revil (2013) calculated electrical conductivity in the presence of surface
conductivity based on a volume-averaging approach, given by


1
 w S w n   F  1  s  ,
F

(6.4)

where σs is electrical conductivity of the double layer coating mineral surfaces. Equation
6.4 is similar to the parallel conductor model by substituting
 F 1 
  s .
 F 

 wir   s 

(6.5)

The conductivity at irreducible water saturation is due to conductivity of parallel paths
(the Stern-diffuse layer) which is equivalent to the electrical conductivity of double layer
coating of mineral surfaces (Revil, 2013). Equations 6.2 and 6.4 at Sw=100% reduce to

1 
1 
  wir   s .
w F w F w

(6.6)

Revil (2013) effectively fitted Equation 6.6 to conductivity data of shaly sands reported
by Vinegar and Waxman (1984). I define conductivity at irreducible water saturation as
 wir 

D
F*

,

(6.7)

where F* is parallel conduction formation factor due to the Stern-diffuse layer. Equations
6.6 and 6.7 lead to
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1
1 
  * D ,
w F F w

(6.8)

which emphasizes the relationship between effective electrical conductivity of the image
and the Stern-diffuse layer conductivity. The parallel conductor and Revil’s models are
similar to Waxman-Smits’ model (Waxman and Smits, 1968),


1
 w  BQv  at Sw=100%,
FW  S

(6.9)

where FW-S is Waxman-Smits’ formation factor, B is equivalent conductance of clay
exchange cations, and Qv is volume concentration of clay exchange cations. Equation 6.9
becomes the same as Equations 6.6 and 6.8 when substituting
BQv

  s   wir  D* .
FW  S
F

0.2

0.15

(6.10)
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Figure 6.3: Electrical conductivity modeling results at Sw=100% for various values of
Stern-diffuse layer conductivity. Dashed lines describe the best fitted curves
using Equation 6.8. Electrical conductivity decreases as kerogen maturity
increases.
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Figure 6.3 describes the conductivity of the image at 100% water saturation with
respect to conductivity of the Stern-diffuse layer. Equation 6.8 effectively predicts the
modeling results and the best fits are used to calculate F and F* values. Equation 6.7 and
calculated F* values along with σD=24 S.m-1 provide values of σwir. The calculated
formation factor and σwir values are 80.6 and 0.032 S.m-1, respectively; these values are
equivalent to those shown in Table 6.1.
Parallel conductive paths due to the Stern-diffuse layer in shale formations can
lead to a large increase in total conductivity. Hence, the effect of water saturation is small
in the presence of parallel conductive paths. Clay-bound water and water-wetted surfaces
provide prevailing electrical paths in shale formations and limit variation of resistivity
logs in response to water saturation changes. Therefore, the accuracy of water saturation
estimation from resistivity logs is theoretically limited in shale formations due to parallel
conductive paths.

6.4 KEROGEN MATURITY
Kerogen in the FIB-SEM image is type I or II. SEM images of type III kerogen
have shown existence of nano-pores in kerogen (Loucks et al., 2009; Milliken et al.,
2013). In order to model type III kerogen, 4% of kerogen volume (about 1% of the
image) is randomly displaced with pores while kerogen is grown at its surface to keep
TOC constant. The resulting image has the same composition as the original FIB-SEM
image. Subsequently, I apply the fluid percolation method for the cases of WWC and
HCWC. Figure 6.4 shows fluid position in slices of the resulting images and displays
how isolated pores due to kerogen maturation are naturally filled with HC (gas for
maturated type III kerogen). Table 6.1 lists calculated irreducible water and residual HC
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saturations. For the WWC case, irreducible water saturation of kerogen type III image is
comparable to that of the original FIB-SEM image, because grain and clay morphologies
are identical for the original FIB-SEM and kerogen type III images and WWC ensures
the availability of water at grain and clay surfaces. Residual HC saturation increases due
to extra pores within kerogen type III. For the HCWC case, irreducible water saturation
decreases and residual HC saturation increases compared to those of the original FIBSEM image. These changes are due to extra pores within kerogen type III and growth of
kerogen within pores.
The conductivity model is applied to percolated kerogen type III images. Figure
6.5 describes conductivity results for the cases of WWC and HCWC. Table 6.1 shows
parameters which best fit modeling results. For the WWC case, I observe that both F and
n increase when maturation increases because a portion of porosity is isolated within
kerogen. For the case of HCWC, the value of σwir is lower than that of the original FIBSEM image because irreducible water saturation is less and extra kerogen is grown at the
pore space. Figure 6.3 shows the effect of kerogen maturation on conductivity results.
The ΔLogR evaluation method indicates that formation conductivity decreases as TOC or
kerogen maturity increases (Passey et al., 1990). Conductivity of kerogen type III image
is lower than that of the original FIB-SEM image shown in Figure 6.3. In addition,
calculated formation factors for kerogen type III image are higher for all cases, which
indicates lower effective porosity and lower conductance for the higher maturity image.
The same trend is observed when comparing the conductivity of the two images for the
HCWC case shown in Figures 6.2 and 6.5. I previously showed that conductivity
decreases as TOC increases in synthetic pore-scale images (Shabro et al., 2011b).
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Figure 6.4: Fluid distribution on a slice of kerogen type III image for the cases of (a)
water-wet condition at Sw≈50%, (b) hydrocarbon-wet condition at Sw≈46%.
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Figure 6.5: Conductivity modeling results for kerogen type III image for the cases of
WWC and HCWC along with fitted curves using Equation 6.2.

6.5 KEROGEN VOLUME
Formation conductivity is calculated via pore-scale modeling of electrical
conductivity for the 3D grid-block with 12% porosity and 4% TOC presented in Chapter
4.3.2. Water and clay-bound water resistivities are 0.035 ohm-m and 0.012 ohm-m,
respectively. These resistivity values are equivalent to salinities of 50,000 ppm and
200,000 ppm, respectively. I vary TOC from 1.5% to 10.8% to quantify its effect on
electrical conductivity. As predicted by the so-called ΔLogR method, resistivity increases
almost linearly with respect to TOC when there is more organic matter in the formation.
Figure 6.6 describes the calculated values of electrical resistivity of the 3D grid-block
with 12% porosity at irreducible water saturation and residual gas saturation vs. TOC.
Organic matter, as a gas adsorbent constituent, alters the morphology of water at the
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pore-scale and blocks conductive paths, thereby increasing the rock’s electrical
resistivity. The modeling results are consistent with the so-called ΔLogR method.
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Figure 6.6: Calculated relative formation resistivity to water at irreducible water
saturation (Sw=64%) and residual gas saturation (Sw=93%) versus TOC.
Electrical resistivity increases with TOC in the formation.

6.6 DISCUSSION
In the previous sections, I introduced a parallel conductor method to model shale
conductivity.

In order to compare the parallel conductor method to Archie’s and

Waxman-Smits’ models, conductivity results for the FIB-SEM image for the case of
WWC were taken as theoretical core data. Archie’s equation is given by


1
 w Swn ,
F

(6.11)
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while Waxman-Smits’ model proposes the relationship


1
FW  S



w

S w n  BQv S w n 1  .

(6.12)

For a fully water-saturated rock, Archie’s equation predicts a linear relationship between
rock conductivity and water conductivity as


1
w ,
F

(6.13)

which indicates that rock conductivity approaches zero when water conductivity
approaches zero. On the other hand, Equations 6.2 and 6.12 for the case of a fully watersaturated rock simplify to:


BQv
1
1
 w   wir 
w 
.
F
FW  S
FW  S

(6.14)

To compare the three models, rock conductivity is calculated for various values of
water conductivity. Figure 6.7 shows the best fits to conductivity data using Equations
6.13 and 6.14. The parallel conductor and Waxman-Smits’ models forecast rock
conductivity variations in the presence of conductive Stern-diffuse layer better than
Archie’s model at Sw=100%. Table 6.2 summarizes the modeling parameters associated
with the best fits.
Subsequently, rock conductivity is calculated at a constant water conductivity to
represent theoretical core measurements at various water saturations. First, I use the
parameters calculated in Figure 6.7 to reduce the number of unknowns in each model.
Figure 6.8 showed the best fits to theoretical core data using each model along with the
derived parameters in Figure 6.7. Table 6.2 summarizes the resulting saturation exponent,
n, for each model. The parallel conductor model estimates rock conductivity in the
presence of HC more accurately than Waxman-Smits’ and Archie’s methods in Figure
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6.8. Next, the three methods are fitted with theoretical core data with all degrees of
freedom in parameter choices. Figure 6.9 displays the best fits and Table 6.2 shows
resulting parameters for each model. The parallel conductor model provides the best fit
and new parameters are within the range of previous estimates. However, resulting
parameters for Waxman-Smits’ and Archie’s methods in Figure 6.9 are substantially
different from those calculated in Figures 6.7 and 6.8. Moreover, saturation exponents for
Waxman-Smits’ and Archie’s methods are 1.75 and 0.89, respectively, which are
incompatible with expected high saturation exponents in tight rocks.
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Figure 6.7: Rock conductivity vs. water conductivity at Sw=100% in the presence of
conductive Stern-diffuse layer (σD=24 S.m-1). Dashed lines describe the best
fit using Equation 6.11 (blue) and Archie’s equation (red).
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Figure 6.8: Rock conductivity vs. water saturation at σw=4 S.m-1. Dashed lines describe
the best fit using the resulting parameters from Figure 6.7 along with
Equation 6.2 (blue), Waxman-Smits’ equation (green) and Archie’s equation
(red).
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Figure 6.9: Rock conductivity vs. water saturation at σw=4 S.m-1. Dashed lines describe
the best fit using Equation 6.2 (blue), Waxman-Smits equation (green) and
Archie’s equation (red).

The pore-scale conductivity results in a FIB-SEM image reveal three
shortcomings of Waxman-Smits’ and Archie’s methods: (1) they do not follow the
curvature of conductivity results and fitting results are poor; (2) they cannot fit rock
conductivity versus both water saturation and water conductivity with the same
parameters; and (3) resulting saturation exponents are lower than expected saturation
exponents in tight rocks. On the other hand, the parallel conductor model consistently
predicts pore-scale conductivity results calculated in this chapter.
A non-destructive core measurement routine is recommended to use in shale
formations. First, core conductivity is measured at the original fluid saturation. Then,
core drying methods are applied to measure water saturation. Subsequently, the
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conductivity of a fully water-saturated sample is measured at various water salinities.
Formation factor and conductivity of the sample at irreducible water saturation are
estimated from conductivity versus salinity data similar to the procedure used to generate
Figure 6.7. Next, Equation 6.2 is applied to the measured rock conductivity at original
fluid saturation to estimate the saturation exponent. This core measurement routine
eliminates the need to vary fluid saturation (which is challenging with shale samples). If
conductivity measurements are available at various fluid saturations, Equation 6.2 can be
fitted to all data points to improve accuracy, as implemented in Figure 6.8.
I acknowledge that the predictions in this chapter are limited by pore-scale model
assumptions and the FIB-SEM sample which is not a large-scale representation of the
lower Eagle Ford shale. Other limitations of pore-scale modeling are associated with its
extremely small field of view and expensive numerical computations. A comprehensive
study of applications of the parallel conductance method to field data and core
measurements is necessary to validate or invalidate the method developed in this chapter
and to verify its effectiveness in practice.

Parallel conductor method

Waxman-Smits

Archie

(Eq. 6.2)

(Eq. 6.12)

(Eq. 6.11)

Figure
F

σwir
(S.m-1)

6.7

80.6

0.032

6.8

80.6

0.032

6.9

68.1

0.031

Table 6.2:

FW-S

BQv
(S.m-1)

80.6

2.58

2.58

80.6

2.58

2.54

41.5

1.15

2.64

186

2.88

1.75

49.8

0.89

n

n

F

n

41.5

Summary of the fitting parameters for modeling theoretical core data using
the parallel conductor, Waxman-Smits’, and Archie’s methods.
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6.7 CONCLUSIONS
The introduced fluid percolation method in nano-pores enabled the construction
of pore-scale images at various fluid saturations. Estimated irreducible water saturations
were within the range observed in the lower Eagle Ford shale. When kerogen type was
varied, conductivity simulations verified the trends suggested by the ΔLogR evaluation
method. The modeling results for a grain pack with varying kerogen volume are also
consistent with the ΔLogR prediction. Conductivity results for percolated images
revealed two parallel conductive paths: (1) the Stern-diffuse layer which was constant at
all water saturations, and (2) water in pores which changed conductivity according to
Archie’s equation. Archie’s method was unsuccessful in capturing shale conductivity
trends in the presence of the conductive Stern-diffuse layer. Both the parallel conductor
and Waxman-Smits’ models predicted pore-scale conductivity at various water
conductivities; however, the parallel conductor model was the only model which matched
pore-scale conductivity results at various water saturations. I suggested that a routine
based on the parallel conductor model be applied to shale conductivity estimations. A
core analysis protocol was proposed to measure the parameters included in the parallel
conductor model. The method entails measuring core conductivity at: (1) original fluid
saturation, and (2) various salinities in the fully water-saturated sample.
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Chapter 7: Summary, Conclusions, and Recommendations for
Future Studies

This chapter summarizes the main achievements and contributions of the research
described in this dissertation, reviews conclusions drawn from the numerical modeling of
conventional and unconventional transport mechanisms, and provides several
recommendations for future research.

7.1 SUMMARY
The main objectives of this dissertation were to develop a fast pore-scale method
for estimating petrophysical properties of porous media as well as to implement
unconventional physical transport mechanisms in order to quantify the effect of each
mechanism. To do so, I developed a new pore-scale finite-difference model to analyze
transport mechanisms at the pore level. The unconventional physical transport
mechanisms, namely Knudsen diffusion, slip flow, and Langmuir desorption, were added
to the pore-scale model to evaluate the importance of each mechanism in shale-gas
formations. The resulting pore-scale studies indicated that an upscaled reservoir model is
required to observe the effect of Langmuir desorption and diffusion in kerogen. Finally, I
studied electrical conductivity of pore-scale images to assess the accuracy of three fluid
saturation models as well as the ΔLogR evaluation method for hydrocarbon-bearing
shale.
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The second chapter of this dissertation introduced a novel finite-difference
method (FDGPA) to simulate pore-scale steady-state creeping fluid flow in porous
media. I developed a new geometrical pore approximation algorithm to describe the
interstitial space of grid-based images of porous media. This algorithm provided a
weighting vector based on the smallest distance to the confining wall and the largest
inscribed radius to quantify the local fluid flow resistance. Then, a generalized Laplace
equation calculated the distributions of pressure and fluid velocity in the interstitial space
domain. Subsequently, pore-scale streamlines were traced based on the fluid velocity
distribution. Finally, I compared FDGPA to the Lattice Boltzmann method in terms of
permeability results, accuracy at original and refined resolutions, and speed.
In Chapter 3, I developed a pore-scale gas flow model that includes Knudsen
diffusion and advection (slip and no-slip flows) as well as Langmuir desorptionadsorption. The resulting finite-difference diffusive-advective model estimated apparent
permeability of pore-scale images. The effect of slip flow, Knudsen diffusion, and
Langmuir desorption was studied in several grain packs by varying pressure and grid
size. The Knudsen number explained three different flow regimes in nano-porous media.
Subsequently, a pore-scale representation of the Eagle Ford shale was constructed based
on FIB-SEM images. The pore-scale model estimated apparent permeability, tortuosity,
and pore-throat sizes in the FIB-SEM image. The most dominant throat size was
introduced to estimate permeability in these tight, heterogeneous rocks.
In the second part of this dissertation, Knudsen diffusion, slip and no-slip flows,
Langmuir desorption, and diffusion in kerogen were added to a modified reservoir model
of compressible fluid. The effect of Knudsen diffusion and slip flow was taken into
account by modeling apparent permeability for a representative grain pack. Langmuir
desorption was added as a gas-generation source at kerogen surfaces in each reservoir-
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scale numerical grid. Effective gas desorption occurs when gas desorption flux exceeds
gas adsorption flux; hence, Langmuir desorption takes place only when surface
adsorption and desorption are out of equilibrium. I introduced a new surface mass
balance algorithm to model transient desorption. Additional numerical grid blocks
represented kerogen inside each reservoir-scale numerical grid. Kerogen supplied gas to
the adsorbed layer in the reservoir model through a diffusion mechanism. Rock and
kerogen properties were varied to quantify the effect of each property on gas production.
Finally, Chapter 6 introduced a pore-scale method to quantify electrical
conductivity of hydrocarbon-bearing shale. A new fluid percolation model was proposed
for hydrocarbon-bearing shale that expanded hydrocarbon from kerogen surfaces and
water from grain and clay surfaces into the pore space to vary fluid saturation.
Distribution of isolated pores within kerogen imitated the kerogen maturation process.
The Stern-diffuse layer was implemented as a thin layer of highly conductive water
residing on top of grains and clays. The electrical conductivity of pore-scale images was
modeled for various kerogen volumes and maturities. The results allowed a critical study
of the ΔLogR evaluation method in gas-bearing shale from a physical point of view. The
electrical conductivity results were estimated at various water saturations, water
conductivity, and Stern-diffuse layer conductivity to quantify the effect of each
parameter. A parallel conductor model was introduced based on Archie’s equation for
water conductivity in pores and a parallel conductive path for the Stern-diffuse layer. The
model was compared to Waxman-Smits’ and Archie’s methods to predict macroscopic
electrical conductivity. Finally, a non-destructive core analysis method was proposed to
estimate input parameters of the parallel conductor model in shale formations.
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7.2 CONCLUSIONS
The conclusions are listed below according to the main objectives of this
dissertation: (a) development of a fast pore-scale method; (b) implementation of
unconventional physical transport mechanisms at the pore level; (c) study of
unconventional transport mechanisms at the reservoir scale; and (d) evaluation of fluid
saturation models and the ΔLogR evaluation method for unconventional shale reservoirs.

7.2.1 Development of a Fast Pore-Scale Method
1. FDGPA calculated permeability in high-porosity porous media within a 20%
difference when compared to LBM results.
2. FDGPA found all possible connecting paths in low-porosity, highly tortuous
porous media.
3. LBM required additional grid refinements in low-porosity, highly tortuous
porous media to achieve the same level of connectivity as FDGPA.
4. Grid refinement was necessary in both FDGPA and LBM methods to ensure
convergence of results.
5. Permeability calculations were within a 6% difference between FDGPA and
LBM in low- and high-porosity cases after 4 grid refinement levels.
6. FDGPA was based on a hypothesis to find the local fluid flow resistances. The
hypothesis decreased in accuracy in elongated shapes with high aspect ratios.
7. FDGPA was on average 6 times faster than LBM.
8. FDGPA was more than 6 times faster than LBM in low-porosity, highly
tortuous porous media. CPU-time advantages of up to 100 times were
observed for some tight samples.
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9. The CPU-time advantage of FDGPA vs. LBM was lower than 6 times in highporosity porous media. Comparable computational times were observed in
some high-porosity images.

7.2.2 Implementation of Unconventional Physical Transport Mechanisms at the
Pore Level
1. Neglecting slip flow in samples with pore-throat sizes in the nanometer range
resulted in an error when estimating the permeability of gas-bearing shale.
2. In addition to pore-scale morphology and pore-throat sizes of a rock, apparent
permeability depended on average pore pressure in shale-gas formations.
Other properties including temperature, gas molar mass, gas average density,
gas viscosity, and a surface-dependent parameter (the tangential momentum
accommodation coefficient) have an inconsequential effect on apparent
permeability.
3. For a grain pack with approximately 12% porosity and a grid size equal to
200 nm, permeability errors were quantified in the range of 13% to 67% in the
absence of slip flow and Knudsen diffusion at the atmospheric pressure.
4. Knudsen diffusion contributed a negligible portion of the flow compared to
slip flow in tight samples.
5. The contribution of Knudsen diffusion to the total flow was less than 2% in
the same grain pack with approximately 12% porosity and a grid size equal to
200 nm.
6. The error in permeability increased as grid size decreased because
contributions of slip flow and Knudsen diffusion were amplified when porethroat sizes reduced.
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7. The contributions of slip flow and Knudsen diffusion decrease as pore
pressure increases and become insignificant in high reservoir pressures.
8. Pore-scale modeling of fluid flow in FIB-SEM images of Eagle Ford shale
indicated that the contribution of slip flow and Knudsen diffusion to
permeability was 370% larger than the contribution of conventional no-slip
flow at the atmospheric pressure.
9. The visualization of streamlines and the high tortuosity value for the FIBSEM image indicated the extreme heterogeneity of the Eagle Ford shale
sample.
10. Apparent permeability was effectively estimated based on the most dominant
throat size.
11. Permeability in tight formations depended on the dominant throat sizes rather
than on geometrical or volumetric pore size distributions.
12. When modeling apparent permeability in gas-bearing shale, neglecting slip
flow and Knudsen diffusion might result in quantification errors as large as
2000% for nano-porous media with small dominant throat sizes at low
pressures.
13. Langmuir desorption did not change apparent permeability significantly if
adsorption-desorption equilibrium was maintained during gas production and
the rock morphology was not altered due to surface changes.

7.2.3 Unconventional Transport Mechanisms at the Reservoir Scale
1. Apparent permeability increased from 59.7 µD to 68.8 µD as reservoir
pressure decreased from 17.2 MPa to 8.6 MPa during gas production.

164

2. Cumulative gas production of a shale-gas formation with porosity of 5% and
apparent permeability of 59.7 µD increased 9.6% due to slip flow and
Knudsen diffusion compared to conventional models after 1 year of
production.
3. Desorption of gas maintained reservoir pressure for a longer period of time
and increased total production.
4. When Langmuir desorption was taken into account, cumulative gas
production of a shale-gas formation with porosity of 5%, apparent
permeability of 59.7 µD, total organic carbon of 29%, and surface-to-volume
of 3.29 1010 m-1 increased 42.6% compared to conventional models after 1
year of production.
5. Kerogen volume, surface chemistry dependent parameters, and surface-tovolume ratio were the controlling parameters for gas desorption.
6. Gas diffusion in kerogen maintained reservoir pressure by supplying gas to
kerogen surfaces.
7. For a shale-gas formation with porosity of 5%, apparent permeability of
59.7 µD, total organic carbon of 29%, effective kerogen porosity of 10%, and
gas diffusion coefficient of 10-22 m2/s, production enhancement compared to
those predicted with conventional models was 61.7% due to gas diffusion
after 1 year of production.
8. Advection, desorption, and diffusion mechanisms acted sequentially in time to
influence gas production rates.
9. Gas desorption from kerogen surfaces and gas diffusion in kerogen
maintained reservoir pressure by supplying gas to pores, thereby becoming the
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main mechanisms responsible for the higher-than-expected production
velocities commonly observed in shale-gas reservoirs.
10. Slip flow and Knudsen diffusion marginally enhanced production rates in gasbearing shales by means of increasing apparent permeability while reservoir
pressure decreases during gas production.

7.2.4 Evaluation of Electrical Conductivity for Unconventional Shale Reservoirs
1. Electrical conductivity of the FIB-SEM image decreased as kerogen maturity
increased. This trend was compatible with the predictions of the ΔLogR
evaluation method.
2. The modeling results for a grain pack with varying kerogen volume indicated
that electrical conductivity decreased as kerogen volume increased, which was
consistent with the ΔLogR method’s prediction.
3. The new pore-scale fluid percolation method estimated irreducible water and
residual hydrocarbon saturations in the FIB-SEM image within the range
observed in the lower Eagle Ford shale.
4. Residual hydrocarbon saturations increased when kerogen maturity was
increased from type I-II to type III due to growth of extra pores in kerogen.
5. Irreducible water saturations did not change significantly for the two modeled
kerogen types.
6. Conductivity results for percolated images revealed two parallel conductive
paths:
a. The Stern-diffuse layer, which was constant at all water saturations.
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b. Water in pores, which changed conductivity according to Archie’s
equation.
7. Archie’s method was unsuccessful in capturing shale conductivity trends in
the presence of the conductive Stern-diffuse layer and kerogen.
8. Waxman-Smits’ model effectively predicted pore-scale conductivity of a fully
water-saturated sample at various water conductivities; however, it failed to
predict conductivity results at varying water saturations.
9. The parallel conductor model matched pore-scale conductivity results at
various water saturations and water conductivities.
10. A core analysis protocol was proposed to measure parameters of the parallel
conductor model. The method entails measuring core conductivity at:
a. The original fluid saturation.
b. Fully water-saturated with various salinities.

7.3 CONTRIBUTIONS
This section provides a summary of important contributions of this dissertation in
evaluating unconventional attributes of hydrocarbon-bearing shale and in quantification
of unconventional transport mechanisms from a physical point of view.
1. Introduced a finite-difference pore-scale method to quantify petrophysical
properties of porous media.
2. Quantified the effect of slip flow and Knudsen diffusion in shale-gas
formations.
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3. Developed a modified 1D reservoir model to take into account:
a. Apparent permeability enhancement due to slip flow and Knudsen
diffusion.
b. Gas desorption from kerogen surfaces,
c. Gas diffusion in kerogen.
4. Prepared FIB-SEM images of Eagle Ford shale and quantified its
petrophysical properties.
5. Developed a new pore-scale fluid percolation method for hydrocarbon-bearing
shale images.
6. Suggested a new electrical conductivity model for organic shale formations.
7. Proposed a core analysis protocol to estimate parameters of the parallel
conductor model.

7.4 RECOMMENDATIONS FOR FUTURE STUDIES
This section lists recommendations for future studies based on the modeling
results presented in this dissertation. These recommendations could expand the presented
technical research by means of developing experimental, practical, and numerical studies
of rocks.


The practicality of a virtual pore-scale core laboratory for modeling
representative samples is limited by currently available computational power.
The presented finite-difference geometrical pore approximation (FDGPA)
method demonstrated computational advantages to the Lattice-Boltzmann
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method; therefore, I recommend using FDGPA in order to be able to increase
the size of modeled pore-scale images using the available computational
power.


A workflow was developed in this dissertation for using available FIB-SEM
images along with pore-scale methods to quantify unconventional
petrophysical properties in shale strata. A comprehensive study of modeling
results for various FIB-SEM images from a shale sample could be valuable in
estimating petrophysical properties of the sample as well as in understanding
the extent of pore-scale heterogeneity in these formations.



Quantification of slip flow and Knudsen diffusion mechanisms is based on
their physical formulations in a tube. The accuracy of the FDDA model
depends on the applicability of slip flow and Knudsen diffusion formulations
in complex pore structures. The comparison of the modeling results from
FDDA to the following methods could be valuable in validating the pore-scale
implementation of slip flow and Knudsen diffusion in complex geometries:
a. Molecular dynamics modeling of a hydrocarbon-bearing shale sample.
b. Controlled experimental evaluation of permeability at various gas
properties along with pore-scale modeling of FIB-SEM images from
the same sample.



This dissertation studied single-phase gas flow mechanisms at the nanometer
scale; however, there is no experimental study at the pore level for liquid and
two-phase transport mechanisms. A comprehensive experimental study of
both hydrocarbon and two-phase flows inside a nano-tube such as a carbon-
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nano-tube could be vastly beneficial in understanding the flow mechanism in
liquid-rich unconventional reservoirs.


Empirical correlations for hydrocarbon and two-phase flows could be used in
pore-scale methods similar to those developed in this dissertation. The
modeling results could then be compared to molecular dynamics modeling
results.



A single-phase 1D modified reservoir-scale model was proposed to analyze
Knudsen diffusion, slip and no-slip flows, Langmuir desorption, and diffusion
in kerogen in shale-gas formations. The model could be extended to 2D and
3D frameworks in the presence of fractures. Results could then be compared
to field data to perform history matching and to estimate petrophysical
properties.



The reservoir model could be extended to two-phase flow by invoking the
relative permeability concept; however, a critical study of two-phase flow
mechanisms at throat sizes in the range of nanometer is essential to find out
the validity of relative permeability assumptions in hydrocarbon-bearing shale
strata.



The modified reservoir-scale model could be used in tandem with available
core measurement techniques to estimate unconventional petrophysical
properties of a sample. The inclusion of unconventional mechanisms could
result in a better understanding of problems and inefficiencies associated with
current core measurement techniques.



I suggested a parallel conductor model for fluid saturation estimation in
hydrocarbon-bearing shale based on the modeling results in the FIB-SEM
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image. A core measurement routine was suggested to measure the parameters
of the parallel conductor model. A critical study of applications of this model
to core and field data could be useful to verify or invalidate the effectiveness
of this method in practice.
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Appendix A

The fluid velocity in the Z direction at location x from the center of infinite
parallel slabs shown in Figure A.1 is (Bird et al. 2002)

vz 

R

2

 x2 

2 L

P .

(A.1)

In comparison, the fluid velocity in the Z direction at location x from the center of a
circular tube is (Bird et al. 2002)

vz

R


2

 x2 

4 L

P .

(A.2)

It is evident that 50% error is induced if Equation A.2 is applied for the case of
fluid flow in infinite parallel slabs. Because FDGPA is based on the hypothesis that the
nearest confining wall provides the dominant viscous force and the smallest distance to
the confining wall and the largest inscribed radius are used along with Equation 2.5 to
calculate local fluid flow resistance, the model is accurate for circular cross-sections and
results up to 50% error for the case of elongated parallel slabs. Table A.1 indicates that
the estimated permeability based on the geometrical pore approximation is accurate for a
circular cross-section. The permeability values are compared with the permeability values
calculated from analytical expressions (Sisavath et al., 2001a; Sisavath et al., 2001b). The
error in permeability increases as the cross-sections change from circular to elongated
shapes.
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Figure A.1: Schematic of a cross section of a circular tube and infinite parallel slabs.
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Dimensions Analytical Permeability (D)FDGPA error LBM error

a = 100 µm

249

-1.7%

-0.5%

a = 400 µm

5701

-17%

-2.1%

1.69

-51%

-17%

57.3

-44%

-14%

47.1

-12%

+18%

70.2

-9%

-15%

10.9

-19%

-38%

a = 20 µm
b = 400 µm
b>>a
a = 40 µm
b>>a

b = 180 µm

a = 100 µm

Table A.1: Calculation of permeability in regular shapes based on analytical
expressions, FDGPA and LBM. Grid size is equal to 10 µm and there is 40 2
grids in the total cross-section.
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List of Symbols

A


A septa-diagonal matrix, representing the relevant w for all grids, s

A

r coefficient in a flow equation, dimensionless

Ai

Cross-section area of an image, m2

bi

Streamline dependent variable, dimensionless


B

Boundary condition representing the inlet and outlet pressures, Pa.s

B

r2 coefficient in a flow equation, m-1

Bc

Equivalent conductance of clay exchange cations, S.m2.eq-1

C

Gas concentration in the kerogen body, dimensionless

d

Digital equivalent of rg, grid-size unit

dmax

Digital equivalent of rmax, grid-size unit dimensionless

D

Gas diffusion coefficient in kerogen, m2.s-1

Dt

Throat diameter, m

fc

Calibration function, grid-size unit2

fpore

Frequency of each pore size, dimensionless

fthroat

Frequency of each throat size, dimensionless

F

Formation factor, dimensionless

F*

Parallel conduction formation factor due to the Stern-diffuse layer,
dimensionless

FW-S

Waxman-Smits formation factor, dimensionless
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Fs

Effectiveness of slip flow, dimensionless

G

Generation term, s-1

h

Reservoir thickness, m

J, Jz

Mass flux, kg.m-2.s-1

Jads

Adsorption flux, m.s-1

Jdes

Desorption flux, m.s-1

Jdiff

Gas diffusion flux, m.s-1

Jmolar

Molar flux, mol.m-2.s-1

Jtot

Total mass flux, kg.m-2.s-1

k

Permeability, m2 [1 D = 1 Darcy = 9.869×10-13 m2]

ka, kFDDA

Apparent permeability, m2 [d = Darcy = 9.869×10-13 m2]

kat

Apparent permeability from throat size, m2, [D = Darcy = 9.869×10-13 m2]

kat

Apparent permeability from throat size and porosity, m2, [D = Darcy =
9.869×10-13 m2]

kB

Boltzmann constant, 1.381×10-23 kg.m2.s-2.K-1

kc

Conventional permeability, m2, [D = Darcy = 9.869×10-13 m2]

kct

Conventional permeability from throat size, m2, [D = Darcy = 9.869×10-13
m2]

kct

Conventional permeability from throat size and porosity, m2, [D = Darcy =
9.869×10-13 m2]

kn

Knudsen number, dimensionless
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Kads

Adsorption coefficient, m.Pa-1.s-1

Kdes

Desorption coefficient, m.s-1



Average streamline length, m

L

Porous media (tube) length, m

Li

Length of i-th streamline, m

M

Molar mass, kg.mol-1

n

Saturation exponent, dimensionless

NA

Avogadro constant, 6.0221415 ×1023 mol-1


P, P1, P2, P

Pressure, Pa, [1 psi = 6894.76 Pa, 1 atm = 101325 Pa]

Pavg

Average pressure, Pa, [1 psi = 6894.76 Pa, 1 atm = 101325 Pa]

Pfinal

Final reservoir pressure, Pa, [1 psi = 6894.76 Pa, 1 atm = 101325 Pa]

Pin

Inlet pressure, Pa, [1 psi = 6894.76 Pa, 1 atm = 101325 Pa]

Pintitial

Initial reservoir pressure, Pa, [1 psi = 6894.76 Pa, 1 atm = 101325 Pa]

Qv

Volume concentration of clay exchange cations, eq.m-3

r

Tube radius, or radial length parameter, m

re

Reservoir external boundary, m

rg

Radial distance from the inner wall, m

rmax

The effective largest inscribed radius, m

rt

Most frequent weighted throat radius, m

rw

Wellbore radius, m
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R

Resistivity, ohm-m

Ru

Universal gas constant, 8.314 ×103 Pa.m3.kmol-1.K-1

Rw

Water resistivity, ohm-m

S(dmax)

Area of the smallest possible cross-section for a given dmax, grid-size unit

S0

Number of total surface sites available for gas adsorption per surface area,
m-2

Sads

Adsorbed gas volumetric ratio, dimensionless

Sgf

Free gas saturation, dimensionless

SHCr

Residual HC saturation, dimensionless

Sw

Total water saturation, dimensionless

Swf

Free water saturation, dimensionless

Swir

Irreducible water saturation, dimensionless

t

Time, s

ti

Time of flight of i-th streamline, s

T

Temperature, K

v

Local fluid velocity, m.s-1

V

Voltage, V

Vf

Volume flux, m.s-1

w

Weighting factor for each direction in the generalized Laplace equation, s


w

Weighting vector in the generalized Laplace equation, s
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x

Tube length, or Cartesian length parameter, m

z

Kerogen thickness parameter, m

zg

Gas compressibility factor, dimensionless

zK

Kerogen thickness, m
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List of Greek Symbols

α

Tangential momentum accommodation coefficient, dimensionless

β

Porosity exponent, dimensionless

δ

Dirac delta function, dimensionless

θ

Fractional coverage, dimensionless

θe

Equilibrium fractional coverage, dimensionless

θnew

Updated fractional coverage due to gas diffusion in kerogen,
dimensionless

ζ

Effective fluid resistance parameter, m-1.s-1



Average effective fluid resistance, m-1.s-1

λ

Equivalent pore-throat radius, m

λm

Mean free path, m

μ

Viscosity, Pa.s

ν

Local fluid velocity, m.s-1

ρ

Fluid density, kg.m-3

ρavg

Average fluid density, kg.m-3

ρinitial

Initial fluid density, kg.m-3

σ

Conductivity, Siemens.m-1

σc

Collision diameter of gas molecules, m

σD

Stern-diffuse layer conductivity, Siemens.m-1
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σg

Conductivity at each voxel, Siemens.m-1

σs

Conductivity of double layer coating mineral surfaces, Siemens.m-1

σw

Water conductivity, Siemens.m-1

σwir

Conductivity of medium at irreducible water saturation, Siemens.m-1

τ

Relaxation parameter, dimensionless

τa

Apparent tortuosity, dimensionless

τaw

Weighted apparent tortuosity, dimensionless

τc

Conventional tortuosity, dimensionless

τcw

Weighted conventional tortuosity, dimensionless

τrz

Z-momentum across a surface perpendicular to the radial direction,
kg.m.s-1



Porosity, dimensionless

e

Effective porosity, dimensionless

K

Kerogen porosity, dimensionless

χ

Surface-to-volume ratio, m-1

χK

Kerogen surface per bulk volume, m-1

ψ

Weighted throat parameter, s-1

ω

Weighted pore parameter, s-1

Δk

Apparent permeability difference at the inlet and outlet

ΔPin-out

Inlet pressure minus outlet pressure, Pa
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Δt

Time step, s

Δz

Distance between the center of kerogen body and kerogen surface, m
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Acronyms

1D

One-dimensional

2D

Two-dimensional

3D

Three-dimensional

AFM

Atomic force microscopy

CBW

Clay bound water

CPU

Central processing unit

CT

Computed tomography

DL

Dolomite

FB

Fontainebleau

FDDA

Finite-difference diffusive-advective

FDGPA

Finite-difference geometrical pore approximation

FIB-SEM

Focused ion beam-scanning electron microscopy

HC

Hydrocarbon

HCWC

Hydrocarbon-wet condition

LBM

Lattice-Boltzmann method

LBM/MPI

LBM/Multi-Processor Implementation

LBM/PLPT

LBM/Pore-Level Petrophysics Toolbox 1.00

LSMPQS

Level set method based progressive quasi-static
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NMR

Nuclear magnetic resonance

NS

Navier-Stokes

SEM

Scanning electron microscopy

TOC

Total organic carbon, dimensionless

WWC

Water-wet condition
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