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Abstract 

 

 

 

A Study of the Effect of Stress and Fluid Sensitivity on Propped 

Fracture Conductivity in Preserved Reservoir Shales 

 

John Wesley Pedlow, M.S.E. 

The University of Texas at Austin, 2013 

 

Supervisor: Mukul M. Sharma 

 

A sizable amount of literature exists analyzing the effect of confining stress on fracture 

conductivity in sandstones.  This thesis attempts to answer similar questions with regard to 

shale formations.  The low Young’s Moduli and Brinell hardness values characteristic of many 

prospective shale formations may lead to a great deal of embedment and fines production 

which can drastically reduce fracture conductivity.  Furthermore, shales exhibit sensitivity to 

aqueous fluids which may cause them to be weakened in the presence of certain fracturing 

fluids.  Previous work analyzing shale fluid sensitivity has failed to preserve the shales’ formation 

properties by allowing the shale to dry out. 
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This paper presents a study of propped fracture conductivity experiments at reservoir 

temperature and pressure using various North American shale reservoir cores.  Exposure to the 

atmosphere can alter the mechanical properties of the shale by either drying or hydrating the 

samples, so care was taken to preserve these shales in their native state by maintaining constant 

water activity (relative humidity).  Variations in applied closure stress and aqueous fluid 

exposure were analyzed and in certain cases altered the propped fracture conductivity by 

crushing proppant, embedding the proppant into the fracture face, and producing fines.  The 

damage to fracture conductivity is correlated to mineralogy for the various shale samples.  

These findings show that a one-size-fits-all frac design will not work in every shale formation, 

rather a tailored approach to each shale is necessary. 

In the future, the results of this work will be analyzed alongside easier to perform Brinell 

hardness tests, swelling tests, and other characterization techniques incorporated into the UT 

Shale Characterization Protocol.  Correlations were developed to relate the simpler tests to the 

fracture conductivity experiments which yield a straight forward method to determine the role 

embedment and fluid sensitivity have on post treatment fracture conductivity in shales.  The UT 

Shale characterization Protocol can then be used to optimize the design and execution of fracing 

treatments. 
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Chapter 1: Introduction 

1.1 Hydraulic Fracturing 

Hydraulic fracturing (fracing) is a well treatment option used frequently to enhance the 

production from a hydrocarbon producing formation.  In its most basic sense, hydraulic 

fracturing involves pumping fluids into a wellbore at a high enough pressure to cause tensile 

failure of the formation matrix, producing a fracture.  Continuing to inject fluids causes the 

fracture to propagate, extending the reach of the treatment further into the reservoir 

(Economides).  Commonly, proppant is added to the fracture fluid mixture in order to hold the 

fracture open after the pressure from the surface equipment is released.  Proppant is generally 

either sand or a stress resistant synthetic material, such as bauxite, sorted by size and optimally 

spherical as this produces the highest permeability fracture (Cobb and Ferrell 1986).  This fracing 

treatment not only bypasses permeability damaging near wellbore skin produced during drilling, 

but contacts a great deal of reservoir surface area with a high permeability pathway directly to 

the wellbore. 

This paper focuses on propped fractures due to the necessity of using proppant in shale 

formations.  The two major types of propped fracture treatments are slickwater fracs and gelled 

fracs, which vary in fluid design and execution strategies.  A slickwater frac involves pumping a 

relatively low volume of proppant in low viscosity water at high rates, often with friction 

reducers to lower pumping pressures.  The goal is to propagate fractures a great distance and 

rely on fluid velocity to transport a sparse monolayer of proppant the length of the fracture.  

Gelled fracs use a high viscosity fluid to hold higher amounts of proppant often at lower pump 
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rates than slickwater fracs with the goal of creating fracture complexity and producing a 

proppant pack the length of the fracture (Stegent 2010).  Selecting one of these two methods, 

or a combination of the two called a hybrid frac, often comes down to trial and error but an 

analysis of formation petrophysical and  mechanical properties can lead to optimizing 

production earlier in the life of a resource play (King 2010). 

Fracing combined with horizontal drilling has taken on new significance in the past two 

decades.  It has opened up new low permeability resources, including shales, without which this 

technology would be uneconomical.  Horizontal drilling begins with a vertical wellbore that 

deviates 90 degrees to the horizontal, creating a lateral section in the desired producing zone.  

The bit assembly contains gyroscopes to collect position and direction information that is sent to 

a directional drilling operator on the surface (McCutchion 2012).  The combination of these two 

technologies allows multiple fracturing stages to be performed in a single wellbore, reducing 

both the cost and time to develop a reservoir.  Additionally, several wellbores may be 

hydraulically fractured from the same well pad.   

Multiple fracturing stages can be accomplished with a “plug and perf” method that 

sequentially perforates and fracs from the toe to the heel of the lateral, setting a plug after each 

stage to isolate the next set of perfs.  These plugs need to be drilled out after the fracing 

treatments, adding time and cost to the completion of the well.  In order to reduce time and 

cost, many operators choose to use ball-actuated sleeve completions.  In this method, up to 

approximately 20 sliding sleeves can be placed along the lateral section of casing with gradually 

increasing orifice diameters.  Rather than setting a plug after each stage, a ball with the correct 

diameter is pumped through the wellbore until it rests in the next sleeve to be opened.  By 
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applying hydraulic pressure, pins in the sleeve are sheered, opening the next set of perforations 

to be fraced and isolating the completed stages towards the toe (Augustine 2011). 

The combination of horizontal drilling and hydraulic fracturing is essential for the 

development of hydrocarbon yielding shale plays.  The permeability is far too low in these plays 

to produce through only the reservoir matrix, necessitating the additional surface area 

contacted by a higher permeability hydraulic fracture.  The use of up to 40 frac stages from a 

single lateral prevents drilling separate vertical wells in order to contact the reservoir, saving 

time and money (King 2010). 

1.2 Shale 

An understanding of the petrophysical, mechanical, and mineralogical properties of 

shale is essential to optimizing the development of these resources.  Equally important is an 

understanding of the variability in these properties that formations characterized as shale can 

have.  By definition, a shale is “A fine-grained detrital sedimentary rock, formed by the 

compaction of clay, silt, or mud (Bates 1984).”   In addition to this definition, a prospective shale 

resource play must also have high total organic content, brittleness, natural fractures, and be 

thermally mature to be economically producible (King 2010; Ruppel 2012).  Characterization 

techniques being developed at The University of Texas at Austin will allow an understanding of 

the petrophysical and mechanical properties necessary to ensure optimal production. 

Part of the characterization technique is the proper handling of shale samples.  The clays 

within shale contain water that is necessary for the structural integrity of the rock.  Either 

dehydration or fluid exposure is capable of altering the clays’ physical structure and 



4 
 

deteriorating the mechanical strength of the sample.  For this reason, it is imperative to 

maintain shale samples at their native water activity (relative humidity) in order to investigate 

the properties of the reservoir.  The techniques for doing so will be discussed in more detail 

later in this thesis. 

Resource shales are unique in the petroleum industry because a single formation is the 

source, reservoir, and seal.  Traditional high permeability reservoirs need a separate source 

rock, often a shale, from which the hydrocarbons migrated and were trapped in the reservoir by 

a seal rock, again often a shale.  These resource plays often extend over a vast aerial extent and 

represent a significant resource of both natural gas and hydrocarbon liquids. 

Mineralogically, prospective shales vary significantly in clay content, often containing 

less clay than rocks traditionally thought of as shales.  In fact, most prospective shales are 

predominantly made of quartz or carbonate minerals and have low clay content (Britt 2009).  

Akrad and Miskimins (2011) reported that samples of Eagle Ford and Barnett shales contained 

77% calcite and 59% quartz and only 8% and 21% clay respectively , as seen in Table 1.  The only 

shale listed that is dominated by clay is the Lower Bakken, which is not a true resource play.  The 

Bakken is considered a hybrid play, where the lower clay-rich section is the source rock and 

most of the production comes from the clay-poor Middle Bakken (Ruppel 2012).   
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Table 1: Mineralogy by Weight Percent of Several North American Shales (Akrad 2011) 

  Eagle 
Ford 

Barnett Lower 
Bakken 

Middle 
Bakken 

Haynesville 

Calcite 77 12 0 77 2 

Quartz 3 59 21 11 28 

Pyrite 6 2 13 1 5 

Dolomite 2 1 10 4 0 

Illite-Smectite 8 21 47 4 57 

 

Shales represent a significant hydrocarbon resource for which optimization techniques 

are still being developed.  The Energy Information Administration predicts that by 2040, shale 

will produce 50% of the natural gas used in the United States, and it has already been the reason 

for the first significant increase in domestic natural gas production in forty years (US EIA 2013).  

The estimated ultimate recovery in these plays varies from 15-35% (King 2010) depending on 

operator, meaning optimization of completion techniques can yield significantly higher returns 

on investment, and more efficient use of this resource. 

1.3 Acidizing 

Acidizing is another post drilling treatment option used by the petroleum industry to 

increase the productivity of a well.  It is typically used in conventional reservoirs to dissolve 

portions of the formation and increase flow potential.  Acid can be used in matrix acidizing 

treatments or in acid fracturing.  In the latter, acid is pumped above the fracture pressure of the 

formation, fracturing the rock.  Rather than using proppant to hold the fracture open after 

surface pressure is released, the acid etches the surface of the formation, creating asperities 

which produce channels on the fracture surface.  In a novel technique, this thesis attempts to 

answer some preliminary questions as to whether acidizing can be applied to some of the 
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carbonate-rich shale plays to provide an effective and inexpensive alternative to hydraulic 

fracturing with proppant. 

1.4 Scope 

This thesis attempts to answer some of the questions surrounding optimization of 

hydraulic fracturing treatments in shale reservoirs using propped fracture conductivity 

experiments.  By measuring the permeability of a proppant pack confined within a fracture in a 

shale core using a tri-axial Hassler core holder technique, the conductivity of a propped fracture 

in the field is simulated.  The issues of proppant embedment and fines generation are 

investigated with changes to confining stress and exposure to various aqueous fluids, simulating 

various in situ stresses, bottom hole flowing pressures and the interaction shale would have 

with fracturing fluids.  Thermal effects are accounted for by running experiments at reservoir 

temperature, or as close as possible without damaging equipment.  Using preserved shale cores 

is essential to the results of these experiments due to shales’ susceptibility to mechanical 

property alteration with exposure to the atmosphere and aqueous fluids.    The results of this 

study can help determine optimal pay zones within a prospective shale by identifying zones with 

mineralogy capable of retaining propped fracture conductivity.  After thorough characterization 

of the shales used in these experiments, correlations can be made between losses in 

conductivity with confining stress and fluid interaction, and the simpler to perform Brinell 

hardness and fluid swelling tests.  In this way, the UT Shale Characterization Protocol can be 

used to account for embedment and fluid sensitivity in fracturing treatment design. 
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1.6 Organization of Thesis 

Chapter Two of this thesis contains a background and literature review of previous 

research on shale properties and fracture conductivity experiments.  The separation of the two 

is due to the lack of a significant body of work using shale in fracture conductivity experiments. 

Chapter Three covers the experimental setup and procedure used in the fracture 

conductivity experiments.  A description of other equipment used such as an SEM is also 

included. 

Chapter Four presents the results and discussion of the confining stress vs permeability 

and fluid sensitivity vs permeability fracture conductivity tests. 

Chapter Five discusses the experimental setup, procedure and results for preliminary 

acidizing experiments. 

Chapter Six presents a summary and primary conclusions from this research, as well as 

suggestions for future work to expand upon this research. 
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Chapter 2: Literature Review 

2.1 Introduction 

In order to explain the reasoning behind the design of the experiments in this thesis, an 

understanding of both the properties of shale and fracture conductivity is required.  Shale 

properties including fluid sensitivity, mechanical properties and petrophysical properties are 

addressed in this section as well as previous work performed on the subject.  An overview of 

permeability measurements, fracture mechanics, and previous work investigating fracture 

conductivity is also included.  The Walsh model for the role Young’s Modulus changes have on 

fracture conductivity is discussed as a basis for the way future analysis can be performed using 

the data contained in this thesis. 

2.2 Background on Shale Properties 

2.2.1 Mineralogy 

As mentioned earlier in this thesis, shale mineralogy varies widely between different 

shales as well as within a single formation.  Fig. 2.1 shows the variation in mineralogy between 

four Barnett shale wells.  While all four wells are in the same formation, the mineralogy ranges 

from carbonate-rich to quartz-rich.  A similar variation in mineralogy was found in the Eagle Ford 

shale by Stegent (2011) as seen in Table 2.  The most significant finding may be the variability of 

clay content which ranged from 5 to 45% in Eagle Ford shale samples tested in the study.  While 

a classical definition of shale states that it is composed mainly of clay minerals (Hurlbut 1955), 

many of the prospective shale plays yielding hydrocarbons contain low clay content, often less 

than 20%, as seen in Table 1 (Akrad 2011).  Rather, the mineralogy of most of these prospective 
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shales is predominantly either quartz or carbonate, and it is the fine grains, laminar fissility, and 

general appearance that lends them to be regarded as shales (Britt 2009).  Surprisingly, some 

prospective shales contain 1-20% pyrite in addition to the carbonate, quartz, and clay minerals. 

Mineralogy is generally determined through X-ray diffraction (XRD) analysis, but may 

also be determined using optical and electron microscopy (Ruppel 2012).  In XRD, x-rays are 

scattered by the crystal lattice that acts as a diffraction grating.  An analysis of the diffraction 

angles yields crystal lattice spacing from which particular mineral types and concentrations can 

be inferred (Hurlbut 1955).  While simple crystal structures like quartz and calcite are easy to 

resolve with XRD, clays pose a problem as they tend to have complicated structures and difficult 

to interpret diffraction patterns.  For this reason, glycol swelling tests are often used to 

determine the concentration and types of clay present in shales. 

Clay content is significant in determining the likelihood of economic hydrocarbon 

production from prospective shales for a variety of reasons.  Defined by Bates (1984) as, “A 

detrital mineral particle of any composition having a diameter of less than 1/256 mm (4 

micorns),” the size of clay particles cause them to plug up pore throats and reduce permeability.  

Typical clays encountered in subterranean formations include illite, smectite, kaolinite, chlorite, 

and montmorillonite which are defined by both chemical and physical make-up (Bourgoyne 

1986).  All clays are susceptible to swelling, to varying degrees, when exposed to water.  This 

swelling can cause mechanical property changes resulting in weakening or strengthening of the 

matrix depending on the salinity of the water (Zhang 2005).  These mechanical property changes 

can be the difference between maintaining propped fracture conductivity and fracture closing 
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as a result of embedment.  Determining the amount and type of clay is therefore essential when 

evaluating a shale’s potential for successful hydraulic fracturing. 

  

Figure 2.1: Ternary Diagram of the Mineralogy of Four Barnett Shale Wells (Rickman 2008) 

Table 2: Mineral (wt%) Within Eagle Ford Shale by Varying County (Stegent 2011) 

County Dimmit Frio LaSalee Live Oak DeWitt Robertson Franklin Franklin 

Depth (ft) 7,064-
7,405 

8,925-
9,650 

10,939-
11,149 

11,555-
11,669 

13,296-
13,513 

5,800-
7,000 

5,475 6,868 

Mineral (wt%) 
Quartz 9 9 13 18 14 34 23 20 
Plagioclase 3 2 3 - - 8 7 7 
Calcite 70 70 60 52 51 12 4 12 
Dolomite 1 3 1 1 Tr - Tr - 
Illite 11 14 4 5 6 24 26 27 
Mixed 
Layer 

3 - 15 2 9 32 32 24 

Kaolinite 2 1 Tr 1 2 - 6 6 
Chlorite 1 - Tr 1 1 2 2 2 
Pyrite 2 Tr 1 4 2 - - - 
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2.2.2 Mechanical Properties 

The mechanical properties of shales are commonly reported in terms of Young’s 

Modulus and Poisson’s ratio.  Mechanical properties can be determined by acoustic velocity 

tests or mechanical compaction tests (Zhang 2005; Chenevert 1970).  For a shale to be 

considered prospective, generally it must have a high Young’s Modulus and a low Poisson’s 

Ratio in order to establish its brittleness (Rickman 2008).  A low Poisson’s ratio is necessary for 

the shale to fail under stress and a high Young’s modulus is a main indicator of a shale’s ability 

to prevent the fracture from sealing again after surface pressure is released.  In terms of shale, 

ductility is often referred to as the opposite of brittleness and is considered a negative trait for 

reservoir shales.  Akrad (2011) used a nanoindentation device to analyze several prospective 

North American shales in terms of Young’s Modulus and the results are shown in Table 3.  An 

issue arises with a great deal of the research performed on this subject because most of the 

shale has not been preserved in its native reservoir state.  Therefore the mechanical properties 

measured may not represent in situ conditions. 

Knowledge of a shale’s mechanical properties allows for optimization of hydraulic 

fracturing techniques.  For example, Stegent (2011) found that Eagle Ford shale samples ranged 

in Young’s modulus from 1 million to 2.5 million psi which are relatively low values.  This is the 

reason often pointed out as to why slickwater fracs have been unproductive in the Eagle Ford 

shale and cross-linked gel fracs with a great deal of proppant are necessary to retain fracture 

conductivity.  Britt and Schoeffler (2009) have shown that prospective shale plays must follow 

the general static versus dynamic Young’s Modulus trend of clastic plays in order to yield 

economic production as seen in Fig. 2.2.  This is an important finding because acoustic velocity 
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logs can be used to predict a shale’s ability to be fractured, and also to determine optimal 

completion zones within a shale.  This is a preferable method when compared to using core 

samples because it eliminates the expense of coring sections of the formation. 

A high Young’s modulus is also important to prevent embedment of proppant into the 

fracture face.  Proppant embedment decreases the width of a fracture and, perhaps more 

importantly, creates fines that can plug up a fracture and decrease its permeability (Gidley 

1995).  A more direct analysis of the potential for embedment is the Brinell hardness test which 

measures the diameter of an indentation made by an object forced into the material at a 

calibrated force.  Fig. 2.3 shows the variation in Brinell hardness number for various North 

American Shales, with the lower values representing potential for embedment issues.  Alramahi 

and Sundberg (2012) found that as Young’s modulus increases, the level of embedment 

decreases in a series of experiments that are discussed in the next section of this thesis.  All of 

this mechanical property data must be interpreted with an understanding that these shale 

samples were likely not preserved in their native state.  Hydration or dehydration can alter the 

mechanical properties of a shale and in terms of proppant embedment if only a millimeter of 

shale is affected, the results can be detrimental to fracture conductivity. 

Table 3: Young’s Moduli of Several Prospective North American Shales (Akrad 2011) 

Shale Young’s Modulus (106 psi) 

Lower Bakken 3.51 – 6.87 
Middle Bakken 8.32 – 10.8 

Barnett 6.67 – 10.8 
Eagle Ford 5.09 – 6.50 
Haynesville 5.62 
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Figure 2.2: Mechanical Properties of Various Shales and Clastics (Britt 2009) 

 

 

Figure 2.3: Brinell Hardness Numbers for Various North American Shales (Stegent 2011) 
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2.2.3 Porosity and Permeability 

As with the mineralogy, the porosity and permeability of prospective shales vary widely 

from formation to formation, as well as within a particular shale.  In general, prospective shales 

have a matrix permeability between 10 nd and 1 μd (Britt 2009).  This low permeability is due to 

a combination of small silt sized particles and the presence of clay resulting in extremely small 

pore-throat sizes.  The presence of natural fractures augments the effective formation 

permeability and is considered to be necessary for economic hydrocarbon production (King 

2010).  Relative permeability to gas in shales can further be reduced by the presence of liquid 

hydrocarbons (Soeder 1988).  Soeder found that shale cores containing liquid phases had a 

relative permeability to gas of approximately 100 nd while dry shales were on the order of 5-20 

μd.  Similar results were found by Chenevert and Sharma (1992) who determined the 

permeability of a Wellington shale sample to be 300nd.  While the dry shales may yield higher 

gas production, the economics of producing liquids along with natural gas may prove favorable 

in certain situations.  Furthermore, Soeder also found that doubling the net confining stress can 

decrease the permeability to gas by 70%, showing that production decline may be accelerated 

by changing stresses (Soeder 1988).  

The porosity in prospective shales commonly ranges from 5-15% (Akrad 2011) and can 

be separated into organic matter pores and mineral pores.  Mineral pores are similar to those 

that are seen in conventional clastic reservoirs except in the case of shales they are extremely 

small due to the silt and clay sized particles.  These pores range from 50nm to 1μm in diameter 

and can be either between grains (interparticle) or within grains (intraparticle).  Organic matter 

pores form in thermally mature shales and tend to increase in abundance with increasing 
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thermal maturity.  Organic matter pores generally make up a high concentration of the pore 

network in a prospective shale, as is the case with the Barnett shale in which organic matter 

pores account for over 95% of the porosity.   However, in the case of the Bossier shale, organic 

matter pores only account for 4.9% of the total porosity, which makes this play less desirable 

from a potential production standpoint (Loucks 2011). 

2.2.4 Fluid Sensitivity of Shales 

A great deal of research has been performed on shales with regard to their role in 

wellbore stability issues.  This research is now valuable for the design of hydraulic fractures in 

prospective shale reservoirs.  A significant amount of this previous work dealing with the 

handling and preservation of shales so as to not alter their properties was performed by 

Chenevert (1970; 1992; 2001) at The University of Texas at Austin. 

For over fifty years, the effect of low salinity fluids on shale mechanical properties has 

been studied, mainly with regard to wellbore stability.  This body of research is now important 

with regard to hydraulically fracturing shales and the influence fluid interaction has on fracture 

conductivity.  The mechanical weakening caused by fluid exposure has the potential to promote 

embedment and fines production that are detrimental to fracture conductivity.  The sensitivity 

of a shale to fluid is most easily determined by a swelling test in which the dimensions of a shale 

are closely monitored with strain gauges while relative humidity is altered (Chenevert 2001). 

Van Olfen (1953) showed that in shales exposed to aqueous fluids, expansion of the 

laminated layers is caused by ion and water adsorption onto the electrically charged clays.  This 

expansion alters the stresses within the rock and reduces the clays’ ability to hold the shale 

together (Colback 1965).   Chenevert (1970) showed that adsorption of only 3% by weight of 
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fresh water can decrease compressive yield strength from 43,000 psi to 12,000 psi in a shale 

containing only 20% clay, as seen in Fig. 2.4.  This means that shales do not need to be 

predominantly clay in order to be affected by fluid exposure. 

 

Figure 2.4: Yield Strength of a Shale as a Function of Water Adsorbed (Chenevert 1970) 

 

Water activity (aw) is one of the most important properties of a shale and is defined as 

the ratio of the vapor pressure of a fluid or a fluid-solid system to that of pure water at the same 

temperature.  This concept is closely tied to that of relative humidity, but is expressed as a ratio 

rather than a percent.  Water activity can also be used as a measure of salinity of an aqueous 

fluid with aw=1.0 representing pure water and decreasing values representing increasing salinity.  

When a shale is exposed to an atmosphere that has an activity different than its own, a transfer 
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of water takes place.  In the case of an atmosphere of higher water activity, water is transferred 

into the shale until equilibrium takes place and vice versa.   

Due to fluid sensitivity, when shale is cored for surface retrieval and analysis, an oil 

based mud is preferred in order to prevent swelling and alteration to the shale’s properties.  

Once the shale is at the surface, it is immediately sealed in order to prevent water gain or loss 

due to exposure to the atmosphere.  Using the techniques developed by Chenevert (1970), 

samples of the shale are weighed and then placed in desiccators of various water activities 

ranging from 0.1 to 0.98.  These water activities are maintained by saturated salt solutions as 

listed in Table 4.  An adsorption isotherm is created indicating either gain or loss of mass in each 

desiccator, and the native activity of shale is determined to be the water activity of the 

desiccator in which no mass change occurred.  In the case where weight change occurred in all 

desiccators, a linear interpolation of water activity versus mass change is performed between 

the two values crossing the no weight change axis. Once the native water activity of the shale is 

determined, the samples are safely stored in desiccators at that shale’s native water activity 

without fear of property change due to hydration or dehydration (Chenevert 2001). 

Table 4: Saturated Salt Solutions and their Water Activities at Room Temperature 

Salt aw Salt aw 

K2Cr2O7 0.98 KH2PO4 0.96 
Na Tartrate 0.92 MgSO4 0.90 

KCl 0.85 (NH4)2SO4 0.80 
NaCl 0.75 Ca(NO3)2 0.505 

MgCl2*6H2O 0.33 ZnCl2 0.10 

 

Further work by Chenevert (1975) analyzed the role temperature plays on water activity 

in shales.  It was determined that shale water activities increase with temperature but at varying 
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rates when compared to each other and to salt solutions,  as seen in Fig. 2.5.  This shows that if 

a fluid pumped into a shale reservoir is designed to match the water activity of the bottom hole 

shale in order to prevent water transfer, temperature effects must be taken into account 

(Chenevert 1975). 

Zhang (2005) performed acoustic velocity tests on shale samples exposed to various salt 

solutions of differing water activity in order to track mechanical property changes.  Zhang found 

that not only does water transfer play a role in shale property alteration, but ionic transfer 

affects the changes as well.  In fact, ionic transfer can increase the strength of a shale while 

water adsorption weakens it.  This is expressed in Fig. 2.6 and Fig. 2.7 as alterations to the 

Young’s Modulus of outcrop Pierre and Arco shales with exposure to varying salt solutions.  

Exposure to potassium is shown to have a positive effect on both shale with regard to Young’s 

modulus, while for sodium and calcium ions, the alteration depends on whether the shale is 

being hydrated or dehydrated (Zhang 2005). 
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Figure 2.5: Water Activity Dependence on Temperature in Salt Solutions and Shales (Chenevert 
1975) 
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Figure2.6: Effect of Different Solutions on Young’s Moduli (Pierre Shale) 

 

Figure 2.7: Effect of Different Solutions on Young’s Moduli (Arco Shale) 
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While most of the shale research discussed to this point has been focused on wellbore 

stability issues, in the mid 2000s an interest in shales as reservoirs initiated a new line of 

research involving shales’ ability to successfully be hydraulically fractured.  Shale hardness has 

been researched to determine whether proppant embedment will be an issue within a 

particular formation (Stegent 2010), but often without consideration for the effect that contact 

with fracturing fluids can have on the hardness.  Lafollette et al. (2010) studied the Brinell 

hardness of a Haynesville shale sample immersed in broken fracing fluid over the course of 60 

days at 300°F.  The authors measured a hardness loss of 66% from the original value after 

approximately two months, as seen in Fig. 2.8.   

Generally, although fluid flowback occurs after a fracturing treatment within a few days, 

most of that fluid is lost to the formation in leakoff.  This means that a great deal of fluid is still 

in the reservoir potentially damaging the hardness over the course of 60 days which may lead to 

increased proppant embedment and fines production.  Fig. 2.8 shows a counterintuitive 

increase in Brinell hardness after 60 days, explained by the authors as water flow out of the 

shale as the high pH fracturing fluid was neutralized at this point.  Even if this result occurs in the 

reservoir, the damage to fracture conductivity caused by embedment and fines would have 

already occurred in the first 60 days, and an increase in hardness would not restore conductivity 

(LaFollette 2010). 
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Figure 2.8: Brinell Hardness of Haynesville Shale in Broken Fracturing Fluid vs Time (LaFollette 
2010) 

Akrad and Miskimins (2011) at The Colorado School of Mines investigated the changes 

to Young’s modulus when various shales were exposed to 2% KCl slickwater fracturing fluids.  

The prospective shales investigated were unpreserved cores taken from the Lower Bakken, 

Middle Bakken, Barnett, Eagle Ford, and Haynesville.  These tests lasted up to 30 days at room 

temperature and 48 hours at 300°F.  Young’s modulus was determined using a nanoindentation 

device that records force and displacement of a material on a very small scale, the results of 

which are then used to calculate a Young’s modulus.  An issue with this method arises due to 

shales’ laminated nature.  The layers in some shales vary drastically mineralogically and 

therefore in their interaction with fluids on a scale larger than the nanoindentation device takes 

into account.  The authors found that exposure to fracturing fluids decreased the Young’s 

modulus in every shale, ranging from 6% in the clay rich Haynesville to 70% in the calcite rich 

Eagle Ford.  In general, clay rich samples were found to be affected the least, with quartz and 
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calcite rich samples showing increasing effects.  Conducting the experiments at high 

temperature increased the effect on silica and calcite rich samples while not significantly 

affecting clay rich samples.   The degree to which the lack of preservation affected the results of 

this study is uncertain; however, the behavior of the clay rich shales used can be assumed to be 

different than would have occurred had they been preserved (Akrad 2011). 

Akrad and Miskimins (2011) used a proppant embedment factor designed by the Stim-

Labs Consortium to calculate the degree to which Young’s modulus changes will affect the 

conductivity of the fracture.    Conductivity decreases ranging from 1-39% were calculated, with 

clay rich, quartz rich, and then calcite rich shales showing increasing levels of conductivity 

reduction.  While this method provides a baseline from which the degree of conductivity 

reduction can take place due to embedment, it does not account for all factors including fines 

production and clay spalling due to fluid interaction. 

The previous research, discussed above, provides a good baseline to understand the 

effect fluid interaction has on shales.  Clearly, exposure to water and fracturing fluids can have 

detrimental effects on the mechanical properties of a shale.  However, this previous work fails 

to directly correlate these mechanical property changes to fracture conductivity experiments 

which use preserved shale cores.  Experimental work using preserved shale cores is the only way 

to account for all the effects of embedment, fines production, and fluid interaction can have on 

a shale’s propped fracture conductivity in a reservoir.   
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2.3 Background on Fracture Conductivity 

2.3.1 Permeability 

The primary concept that must be understood in analyzing fracture conductivity is 

permeability.  In general terms, permeability can be defined as “The capacity of a porous rock, 

sediment, or soil for transmitting a fluid” (Bates 1984).  However, defining it in mathematical 

terms is more complicated.  In Darcy’s original experiments, performed in 1856, he found a 

linear relationship between superficial velocity (   and pressure drop (∆P) from inlet to outlet of 

water flowing through a sand pack.  Darcy defined the slope of this relationship as permeability 

(k) which is an experimental proportionality constant.  Changing the length (L) of the flow 

medium and using a fluid with viscosity (μ) different from water also has a linear relationship 

with pressure drop, so permeability under the range of conditions studied by Darcy can be 

defined as shown in Eqn. 1.  However, at high flow rates the relationship is no longer linear due 

to the expansion and contraction of the flowing fluid causing inertial losses as the fluid passes 

from pore throats to pore bodies.  This nonlinearity is accounted for in the Forchheimer 

equation, shown in Eqn. 2, as the second term containing fluid density (ρ), fluid velocity 

squared, and a constant (β).    

  
     

  
………………………………………………………………….(1) 

  
     

  
     ………………….………..……………………………(2) 
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2.3.2 Fracture Conductivity 

Defining propped fracture conductivity is rather simple as it is the product of proppant 

pack permeability times width; however, determining the value experimentally produces some 

challenges.  As with permeability, conductivity is not an intrinsic material property and will 

change with stress as the proppant rearranges, crushes, or embeds into the surface of the 

confining material.  In the case of conductivity, such alteration not only affects the permeability, 

but also the width of the fracture.  Experimentally, if the fracture width cannot be monitored, 

the role of embedment and fracture width reduction can be accounted for in permeability 

change when determining change in conductivity.    

In 1981, Cinco-Ley introduced the dimensionless fracture conductivity (Fcd) term as an 

analysis tool for fracturing treatments.  This value is defined as the ratio of fracture conductivity 

to formation permeability times fracture half length (xf) as listed in Eqn. 3 and describes the 

relative flow capacity between the fracture and the formation.  As seen in Fig. 2.9, an Fcd of 

greater than 10 is considered infinitely conductive and represents no restriction to flow.  

However, at values of Fcd less than three the fracture causes a restriction (a bottleneck) to flow 

and negatively impacts the production of a well.  This concept is used in the design of hydraulic 

fracturing treatments in order to assure that fracture conductivity is high enough without 

overdesigning and wasting money on excess proppant (Cinco-Ley 1981). 

    
     

    
………………………………………………………..………..(3) 

Applying this concept to shale reservoirs can yield a helpful tool in the design of 

hydraulic fracturing treatments.  Assuming a reservoir permeability of 100 nd, a fracture half 
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length of 100 ft, and a fracture width of 0.002 ft, the fracture must have a permeability of 50 md 

in order to obtain an Fcd of 10.  This is an important consideration when determining how much 

and what size proppant to pump, and whether a slickwater or gelled fracturing treatment is 

preferable. 

 

Figure 2.9: Effective Wellbore Radius over Fracture Half Length vs Fcd (Cinco-Ley 1981) 

2.3.3 Fracture Closure Stress 

After determining the necessary fracture conductivity, an understanding of reservoir 

stresses is necessary in order to assure that a propped fracture retains the required 

conductivity.  The conductivity can be significantly reduced by fracture closure stresses through 

the processes of proppant crushing, proppant embedment, and fines production (Penny 1987).  

There are three principle stresses that act on every subterranean formation, a vertical stress 

(Sv), a maximum horizontal stress (SHmax), and a minimum horizontal stress (Shmin). The vertical 

stress is the pressure that acts on an underground formation due to the weight of rock and soil 
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above it, and in normal faulting regions, is typically the greatest principle stress at depths typical 

of hydrocarbon reservoirs.  Under these conditions, the least principle stress is Shmin which 

means an induced hydraulic fracture will open perpendicular to the maximum horizontal stress 

to overcome the least resistance.  This results in a vertical fracture propagating in the direction 

of SHmax.  The closure pressure then acting on the propped fracture is the minimum horizontal 

stress, as confirmed by Nolte (1988).  The net stress acting on the proppant is therefore Shmin 

minus the fluid pressure in the fracture.  The fluid pressure may begin as the pore pressure in 

the reservoir, however as production begins the near wellbore fluid pressure will drop to the 

bottomhole flowing pressure (BHFP), thereby increasing the stress on the proppant.  Further 

increases in the stress occur as the reservoir is depleted and BHFP is decreased to maintain 

production (Weaver 2005). 

2.3.4 API Fracture Conductivity Test 

A great deal of research on fracture conductivity has been performed using the 

American Petroleum Institute (API) conductivity test method published as Recommended 

Practice 61.  Originally designed to test proppant conductivity as a function of stress, the test 

cell involves two metal plates which can be loaded up to 10,000psi.  Proppant is placed between 

the metal plates and conductivity is measured by flowing 2% KCl brine through the proppant 

pack and measuring the pressure drop through ports in the middle 5 inches of the cell.  The 

confining stress is increased by 2000 psi intervals to determine the role proppant pack 

rearrangement and proppant pack crushing have on conductivity.  This cell has been altered by 

subsequent authors to replace the metal plates with shaped core samples as seen in Fig. 2.10.  

This allows the experimentalist to determine the role embedment plays on fracture 
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conductivity.  However, this test is limited in that it does not determine the role fines 

production, temperature effects, and cyclic stresses play on fracture conductivity (Terracina 

2010). 

 

Figure 2.10: Modified API Conductivity Test Cell with Core Sample (Wen 2007) 

2.4 Previous Research on Fracture Conductivity 

A great deal of research has been performed analyzing the role stress plays on fracture 

conductivity.  An important test was performed by Gidley (1995) who determined that the API 

test procedure does not flow fluid at high enough rates to mobilize fines.  By flowing at higher 

flow rates, the authors found that fines smaller than 100 mesh were mobilized and decreased 

the proppant pack permeability.  This showed that not only can formation fines damage matrix 

permeability, but crushed proppant fines can damage fracture conductivity as well.  Lacy (1998) 

performed a series of fracture conductivity tests on soft reservoir sandstones with Young’s 
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moduli between 0.1 and 1.4 million psi.  The author concluded that previous work 

underestimated the role proppant embedment plays on fracture conductivity reduction because 

the previous tests were not run under wet and hot reservoir conditions.  Both of these 

experiments emphasize the need to run conductivity tests at reservoir conditions in order to 

determine the actual effect stress has on conductivity reduction. 

In a comprehensive analysis of fracture conductivity experiments, Barree (2003) 

presented data on the role stress plays on proppant pack width and permeability using the API 

conductivity test.  Using Ohio sandstones with a Young’s modulus of approximately 5 MMpsi as 

the fracture face, the authors found that 16/30 white sand proppant pack widths can decrease 

14% when confining stress is increased from 500 to 8000 psi, due to a combination of proppant 

rearrangement and proppant crushing.  Over the same range of stresses and using the same 

proppant, pack permeability can be reduced by 91%, showing that in the calculation of 

conductivity, permeability has greater effect than width for various stresses.  At 10,000 psi 

closure stress, the author found that approximately 1/8 of a grain diameter was embedded into 

the fracture face.  This relatively small amount of embedment is due to the high Young’s 

modulus of the sandstone used.  In softer formations, the amount of embedment, and therefore 

formation fines, can be expected to be much higher (Barree 2003). 

 Using a modified API test cell, Wen et al. (2007) compared tests run identically, except 

that one used steel plates as a fracture face and the other used core slices.  This means that any 

variations in conductivity between the tests are due to embedment and fines coming from the 

soft core.  The study investigated conductivity of various proppant packs over a range of 

confining pressures from 1450 psi to 13050 psi and cores with Young’s moduli ranging from 3.2 
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million psi to 1.9 million psi.  The results showed that at low confining stress, the core and steel 

showed the same conductivity with all other variables held constant.  At some value of confining 

stress, the conductivity of the core experiment decreased below that of the steel one.  At this 

point, the proppant began to embed into the surface of the core to a sufficient degree to affect 

the conductivity of the fracture.  For these cores, that value was between 5800 psi and 10150 

psi.  The authors found that embedment can decrease the conductivity of the fracture from 

65.9% to 87.5% depending on the concentration of proppant and the mechanical properties of 

the core (Wen 2007). 

Kassis and Sondergeld (2010) performed a series of permeability versus effective stress 

tests on Barnett shale samples.  Permeability was measured using a CoreTest AP608 

permeameter using cylindrical core samples naturally fractured.  The authors investigated 

unpropped, monolayer propped, and centralized fairway propped fractures.  A fracture with a 

dispersed monolayer of proppant was found to lose between 95 and 99% of its original 

permeability when effective stress was increased from 800 to 6000 psi.  A centralized fairway of 

proppant was found to lose 80 to 95% of its original permeability over the same pressure range.  

Unpropped fractures over the same values of stress were found to lose approximately 82% of 

their original permeability.  This paper made no mention of shale sample preservation and it is 

likely that exposure to the atmosphere may have affected the samples’ mechanical properties.  

Due to this, the ability of in situ Barnett shale to maintain fracture conductivity with increasing 

effective stress is not able to be determined by these results. 

One of the few experimental studies published to date on shale fracture conductivity to 

account for shales’ sensitivity to fluid was performed by Alramahi and Sundberg (2012).  They 
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performed a series of proppant embedment tests on various shales after exposure to 3% KCl for 

24 hours and correlated the results to fracture conductivity tests.  No information regarding the 

preservation of the shale samples or lack thereof was given.  A metal loading ram was used to 

apply stress and LVDTs were used to measure the distance the ram moved, and therefore the 

amount of embedment.  High strength bauxite proppant was used in order to prevent proppant 

crushing from affecting the measured deformation.  Their proppant embedment tests found a 

direct correlation between the clay content of a shale and the resulting embedment.  As seen in 

Fig. 2.11, as clay content increases from 10% to 52%, the amount of embedment increases more 

than four times.  Alramahi also found a strong correlation between Young’s Modulus and 

proppant embedment.  Fig. 2.12 shows that as Young’s modulus decreases, embedment 

increases with a drastic increase in embedment at Young’s moduli below 1 million psi.  While 

both clay content and Young’s modulus correlate to embedment, Alramahi warns against 

directly assuming mechanical properties from clay content when stating, “Different clay mineral 

types exhibit different mechanical behavior and fluid sensitivity.  Moreover, other variables such 

as porosity and total organic carbon can play an important role in controlling the mechanical 

properties and proppant embedment of shales.” 

Alramahi and Sundberg (2012) also performed a series of fracture conductivity tests on 

various shales.  As seen in Fig. 2.13, the conductivity in three different shales was reduced 

between one and six orders of magnitude as effective stress was increased from 500 to 10,000 

psi.  The authors do not provide mineralogy or Young’s modulus data for the shales represented 

in Fig. 2.12, however they state that stiff samples show minimal conductivity loss while 

compliant samples display high conductivity loss.  The fracture conductivity was measured with 
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flowing fluids of various compositions, however, the composition of these fluids is not revealed 

in the paper.  As with the embedment tests, no information is given regarding the preservation 

of the shales before the test.  These conductivity tests do not take into account the effect fines 

production and proppant crushing can have on fracture conductivity loss.  Bauxite proppant is 

rarely used in shale plays due to its cost, therefore it is safe to assume that the conductivity loss 

would in fact be greater than what this paper shows. 

 

Figure 2.11: Dependence of Proppant Embedment on a Shale’s Clay Content (Alramahi 2012) 
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Figure 2.12: Dependence of Proppant Embedment on a Shale’s  Young’s Modulus (Alramahi 
2012) 

 

 

Figure 2.13: Dependence of Fracture Conductivity on Closure Stress Normalized to Data 
Collected at 500 psi (Alramahi 2012) 
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2.5 Modeling Fracture Conductivity 

Several attempts have been made to model fracture conductivity as a function of stress.  

Perhaps the most commonly used model is the PredictK software developed by StimLabs.  By 

inputting the type of proppant, concentration of proppant, and confining stress, the software 

will estimate the resulting conductivity.  This method takes into account proppant 

rearrangement and crushing, but does not factor in embedment.  Fredd et al. (2001) compared 

conductivity tests using Texas Cotton Valley sandstone in the API test cell to the PredictK 

software and found that within the range of proppant concentration specified by the program, it 

works well.  As seen in Fig. 2.14, PredictK provides good estimates of the conductivity reduction 

with stress for a flat parallel fracture for both sintered bauxite and Jordan sand proppant on a 

range from 1000 to 7000 psi confining stress.  The authors found that at low values of proppant 

concentration outside the range specified by the software, the model no longer predicts 

conductivity effectively.  This is likely due to the increased load on each grain of proppant when 

spread into a partial monolayer. 
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Figure 2.14: Conductivity vs Stress Data, Experimental by Fredd et al (2001) and Model by 
PredictK 

Cippola et al. (2008) took this work a step further by extrapolating Fredd’s experimental 

data to rocks of various Young’s moduli.  The authors did this using the Walsh model for 

unpropped fracture permeability as a function of stress (σ), Young’s modulus (E), Poisson’s ratio 

(  , and fracture parameters (C, D) which is shown in Eqn. 4.  By fitting Fredd’s data for a 

displaced unpropped fracture to this equation, Cippola was able to determine the fracture 

parameters, and then vary Young’s modulus to see how conductivity would be affected by stress 

for softer rocks.  The effect of lowering Young’s modulus is dramatic, with fractures effectively 

closing at a confining stress of 4000 psi for moduli less than 2 million psi.  The data is presented 

in Fig. 2.15 with the 6 million psi Young’s modulus representing Fredd’s experimental data and 

the other data sets as Walsh model extrapolations.  This work is limited by the fact that the 
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Walsh model is not designed for propped fractures.  It may be possible to combine a PredictK 

type proppant conductivity model with the Walsh model to determine the effects of proppant 

crushing and proppant embedment. 

       
  

       
  

 
………………………………………….……………(4) 

Alramahi and Sundberg (2012) used the data collected from a series of experimental tests to 

analyze the ability of a Walsh type model to predict fracture conductivity based on embedment.  

Using the data seen in Figs. 2.10 and 2.12, they simplified the cubic law developed by Walsh by 

using the fracture aperture as determined by the embedment tests rather than using closure 

stress.  They found an excellent correlation as seen in Fig. 2.16, however these results neglect 

fines production, fluid sensitivity, and proppant crushing as sources of fracture conductivity 

reduction. 
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Figure 2.15: Fredd’s Data and Cipolla’s Extrapolations for Young’s Modulus Changes (Cipolla 
2008) 

 

Figure 2.16: Comparison of Using a Walsh Type Model to Predict Fracture Conductivity versus 
Experimentally Measured Fracture Conductivity (Alramahi 2012) 
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Chapter 3: Experimental Setup and Testing Methods 

3.1 Experimental Equipment 

The core flood apparatus used in these experiments provided a means for flowing liquid 

and gas through a propped fracture at reservoir temperature and pressure and measuring the 

resulting pressure drop in order to calculate permeability.  As seen in Fig. 3.1, the equipment 

used consisted of a syringe pump, an accumulator, two back pressure regulators (BPRs), a core 

holder, and a pressure transducer.  The Quizix QX pump is used to pump tap water into one end 

of the accumulator at a constant flow rate, adjustable from 0-3000 cc/hr.  The accumulator, 

seen in Fig. 3.2, is loaded with the fluid that will flow through the fracture and a piston.  The 

piston is moved by the tap water from the pump, pushing the desired fluid out of the other end 

of the accumulator at a constant rate.  BPR-1 is loaded with nitrogen to a specified pressure and 

forces the pressure in the accumulator to match that of the regulator before flow occurs.  The 

core holder contains a viton sleeve in which the propped fracture core is loaded.  Hydraulic oil in 

the annulus between the sleeve and metal housing applies confining pressure to the fracture by 

means of a hand pump.  Two Rosemount pressure transducers are connected to the flow loop 

upstream and downstream of the core in order to measure the pressure drop across the core.  

Finally, BPR-2 sets the flowing pressure within the fracture and then allows the flowing fluid to 

flash to atmospheric pressure and exit the experimental setup.  The equipment shown in Fig. 3.3 

within the dashed line is located inside a temperature controlled oven which takes into account 

the effect of temperature gradients in downhole formations.  An image of the actual 

experimental setup within the temperature controlled oven can be seen in Fig. 3.3.  
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Figure 3.1: UT Core Flood Apparatus Schematic 

 

Figure 3.2: Accumulator Containing Flowing Fluid 
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Figure 3.3: UT Core Flood Apparatus 

 

3.2 Shale Samples 

Four different preserved shale cores are used in the series of experiments analyzed in 

this report.  The particular formations that these core samples were taken from cannot be 

disclosed due to proprietary information, so they will be referred to as Canadian shale (CS), 

South Texas shale (STS), Texas gas shale (TGS), and Gulf of Mexico shale (GOM-12).  These 

samples cover a range of prospective shale types from silica-rich to carbonate-rich to clay-rich. 

The mineralogies of all samples were analyzed by x-ray diffraction at The Bureau of Economic 

Geology at UT (BEG) the results of which are shown in Table 5. 
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Table 5: X-Ray Diffraction Mineralogy from The Bureau of Economic Geology 

 (Weight %)        

Sample Quartz Calcite Chlorite Illite Kaolinite Dolomite Albite Total Clay 

         

TGS 12.9 38.5 7.6 24.9 6 2.2 7.9 38.5 

CS 31.2 7.1 3.8 22.6 2.4 9.7 23.2 28.8 

GOM-12 35.4 3 11.3 42.8 7.5 0 0 61.6 

STS 8.8 39.5 6.5 25.3 7.3 2.2 10.4 39.1 

 

While this technique yields valid ballpark numbers for most minerals, clay is difficult to 

resolve from the diffraction patterns due to its complex structure.  For this reason, Core Labs 

uses a glycol swelling test in combination with x-ray diffraction to get a more precise value for 

mineral content.  The results of such a test on two shales are shown in Table 6. 

Table 6: Core Labs Mineralogy Results with Glycol Swelling Analysis for Clays 

 Whole 
Rock 

      Clay   

 (Weight %)       (Weight %)   

Dept
h 

Quartz K 
Feldspar 

Plagioclase Calcite Dolomite Pyrite Total 
Clay 

Illite & 
Smectite 

Illite & 
Mica 

Kaolinite 

        *   

TGS 15.1 0 1.5 57.9 0.7 5.7 19 11.8 4.1 3.1 

CS 45.4 4.2 9.3 7.6 11.2 3.6 18.7 3.8 14.9 0 

 

When comparing Table 5 and Table 6, the biggest difference is the clay content which is 

almost double in the BEG data compared to the Core Labs data.  This overestimation of clay 

reduces the determined content of all other minerals in the BEG data.  However, the relative 

content of other minerals stays the same meaning that Texas gas shale and Canadian shale can 

be identified as calcite-rich and quartz-rich respectively.  The other two shale samples are more 

difficult to analyze without the glycol swelling test.  The similarity of South Texas shale to Texas 
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gas shale leads to the conclusion that South Texas shale must be calcite-rich as well, likely with 

total clay content around 19%.  Mineralogy on the South Texas shale core provided by the 

industry supplier confirmed that the shale is calcite-rich with calcite making up 60% of the core, 

quartz 10%, and clay 30%.  The Gulf of Mexico shale has higher quartz content than the 

Canadian shale, meaning it likely is quartz rich, however it has by far the highest clay content 

determined by x-ray diffraction.  The fact that its clay content is double that of the Canadian 

shale means that the actual clay content is likely around 38%.  Clay content is expected to be 

directly related to each sample’s sensitivity to stress as found by Alramahi and Sundberg (2012). 

3.3 Experimental Procedure 

3.3.1 Core Preparation 

Before testing a particular rock sample, it must be prepared into a propped fracture 

core plug capable of being loaded into the core holder.  When the samples arrive from an 

industry supplier, they are generally in the form of a 4 inch diameter cylinder approximately 10 

inches long and slabbed along one side.  The samples are wrapped in aluminum foil inside of an 

outer wax layer to prevent dehydration during transportation.  In order to prevent water 

exposure from affecting the clay minerals, an oil-cooled coring drill press was used to cut a 1 

inch diameter core plug parallel to the bedding planes.   The ends of the core were squared off 

using an oil-cooled saw that resulted in cores between 2.5 and 3.5 inches long depending on the 

original size of the core provided.  This same saw was then used to cut the cylinder in half 

perpendicular to the bedding planes, as seen in Fig. 3.4.  This configuration was chosen in order 

to represent a vertical fracture in a horizontally deposited shale formation and to expose the 

greatest number of shale layers to proppant and fluid.  After the cores were shaped, they were 
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rinsed with hexane to remove the cooling oil and then placed in desiccators at their native water 

activity to prevent fluid exchange with the atmosphere. 

When preparing the propped fracture, the core halves were weighed and the 

dimensions (length and diameter) were measured with a caliper.  The halves were placed 

together, separated by wire spacers chosen to represent the approximate thickness of a fracture 

in the field.  The fracture width was assumed to be the diameter of these spacers, and this 

dimension along with the length and diameter as seen in Fig. 3.5 and Fig. 3.6 were used in 

permeability calculations.  Teflon tape was wrapped around the halves, as seen in Fig. 3.5, and a 

piece of Teflon tape was placed on the bottom of the fracture.  The mass of the core, Teflon and 

spacers were then recorded.  Proppant was poured into the open end of the fracture while the 

spacers were slowly removed in order to let the proppant fill the entirety of the fracture.  The 

proppant chosen for all experiments was 40/70 mesh white sand due to its prevalence in shale 

fracturing treatments.  The proppant filled core and the spacers were weighed again with the 

difference being the mass of proppant.  200 mesh screens reinforced by 40 mesh screens were 

secured to both ends of the fracture by Teflon heat shrink tubing in order to hold the proppant 

in place.  This core sample was then placed in a core holder and axial pressure was applied by 

means of tightening the end caps.  Confining pressure was applied using a hand pump, and the 

pressure was monitored to check for leaks.  After confirming that the seals were holding, the 

core holder was placed in the temperature controlled oven. 



44 
 

 

Figure 3.4: Cored and Halved Core Plug 

 

 

Figure 3.5: Core Wrapped in Teflon with Spacers 

 

 

Figure 3.6: Fracture Dimensions 
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3.3.2 Standard Permeability Measurement Procedure 

Before every permeability measurement, the Back Pressure Regulators (BPRs) were set 

to the desired pressures and checked for leaks.  An accumulator was loaded with the desired 

flow fluid to approximately the pressure of BPR-1.  The confining pressure was set using the 

hand pump to a pressure greater than BPR-2 in order to prevent flowing fluid from leaking 

around the rubber sleeve into the core holder annulus.  The effective stress was then calculated 

by subtracting the pressure in BPR-2 from the confining pressure, which yielded the actual stress 

on the core.  All components were allowed to equilibrate at the oven temperature, which for 

room temperature accumulators took approximately 4-6 hours.  Once the entire flow path was 

open, the pump was started at a low flow rate; in most tests this was 1000 cm3/hr.  This flow 

rate was maintained until the pressure drop stabilized, which took 5-15 minutes depending on 

several factors including multi-phase flow and fracture properties.  Once the pressure drop 

stabilized, its value was recorded, and the flow rate was increased.  A total of five flow rates 

were run and pressure drop values were recorded for each flow rate.  For most experiments, the 

pump flow rates used were 1000, 1500, 2000, 2500, and 3000 cm3/hr in order to take advantage 

of the pump’s range of flow rates and yield a wider spread of data for the Forchheimer 

calculation.  However, when the pressure drops were out of range of the pressure transducers 

these flow rates were occasionally altered.  The pressures of both BPRs and the temperature of 

the system were recorded for each test for Pressure-Volume-Temperature (PVT) analysis. 

Once the five pressure drops were recorded, the data was analyzed to determine a 

value for Darcy permeability using the Forchheimer equation (Eqn. 2).  This was necessary due 

to the non-Darcy flow through the propped fracture causing variations in calculated 



46 
 

permeability at different flow rates.  The density of the flowing fluid was calculated inside the 

accumulator using the pressure in BPR-1 and inside the fracture using the pressure in BPR-2.  

The ratio of the densities was used with the pump flow rate to calculate the volumetric flow rate 

inside the fracture.  This flow rate was divided by the cross-sectional area of the fracture in 

order to calculate the Darcy velocity.  The pressure drop divided by the Darcy velocity was 

plotted versus Darcy velocity, and the y-intercept was calculated as seen in Fig. 3.7.  This 

calculated y-intercept was inserted directly into the Darcy permeability equation (Eqn. 1) 

because the Darcy velocity squared term in the Forchheimer equation will go to zero.  In this 

manner, a corrected Darcy permeability value was calculated and used to define the ability to 

flow through the propped fracture independent of flow rate. 

Figure 3.7: Calculation of Y-Intercept used in Permeability Calculation 
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3.3.3 Permeability vs. Confining Stress Test Procedure 

In order to determine the role confining stress plays on propped fracture conductivity, a 

series of permeability measurements were run at various stresses.  The procedure for the 

Canadian shale and South Texas shale stress tests differed from that of the other shale samples.  

This method is described below. 

Before bringing the oven to reservoir temperature, a room temperature nitrogen 

permeability measurement was performed in order to ensure that the propped fracture was 

prepared properly and that there were no leaks in the flow system.  If methane is used at room 

temperature, its high Joule-Thompson coefficient causes any water in the flowing fluid to freeze 

when it flashes to atmospheric pressure in BPR-2.  This causes a plug in the flow lines causing 

erratic data; therefore nitrogen was used.  Once reproducibility was established after two or 

three room temperature tests, the flow system was brought to the desired temperature 

calculated using the thermal gradients in each reservoir (Rhein, et al., 2011).  Cooling effects of 

pumping water from the surface were also taken into account.  Care was taken while increasing 

the temperature to not let pressure increases in the BPRs and core holder exceed the limits of 

the equipment.  Permeability measurements were run (now using methane to simulate natural 

gas) at a low confining stress until values were reproducible over several days.  The confining 

stress was increased multiple times, and at each step permeability was allowed to stabilize over 

several days.  In the case of the Canadian shale, confining stress was decreased significantly at 

one point in order to determine if lost conductivity could be recovered by decreasing stress. 

Due to the results of the Canadian shale and South Texas shale stress tests, the 

procedure was changed for the Texas gas shale and Gulf of Mexico shale samples.  Instead of 
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allowing permeability to stabilize over several days, a single permeability measurement was run 

after 24 hours at each confining stress.  The values of stress tested for each shale varied due to 

equipment availability at various times and best-practices developed by the experimentalist. 

3.3.4 Permeability vs. Fluid Sensitivity Test Procedure 

In order to determine the role fluid sensitivity plays on propped fracture conductivity, a 

series of tests were run exposing several of the shale samples to various aqueous fluids.  After 

running room temperature and dry methane permeability tests, 20 pore volumes of an aqueous 

fluid was pumped into the fracture and immediately flushed with methane saturated with 

water.  This yielded the permeability at residual water saturation that is used as the baseline to 

which all other tests are compared.  The fracture was flushed at either the highest pump rate or 

the flow rate capable of producing a 10 psi pressure difference across the fracture.  This method 

was used in order to remove as much liquid from the fracture as possible which led to better 

data correlation in the Forchheimer equation.  The same aqueous fluid was pumped into the 

fracture several times and allowed to contact the shale core for increasing amounts of time.  

After each subsequent fluid contact time, the permeability was checked.  The aqueous fluids 

pumped included deionized (DI) water, brine at native water activity (25 wt%), and 3.5 wt% NaCl 

salt water. 
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Chapter 4: Results and Discussion 

4.1 Introduction 

 The following experiments were performed in order to determine whether various 

prospective shales have the ability to maintain fracture conductivity under various conditions.  

The four North American shale samples discussed above were tested, all of which were 

preserved at their native water activity in order to prevent hydration or dehydration from 

affecting their mechanical properties.  A 40/70 white sand proppant was placed between core 

halves in order to simulate a propped fracture resulting from a hydraulic fracturing treatment.  

All four shales were subjected to various stresses and the permeability was monitored.  Three of 

the shales were exposed to various fluids including deionized water, 3.5% NaCl brine, and brine 

at native water activity.  After various lengths of fluid exposure, the permeability was measured 

to see if fluid interaction influenced the mechanical properties of the shales, thereby negatively 

affecting the conductivity of the proppant pack. 

4.2 Results of Effective Stress Tests 

4.2.1 Canadian Shale 

A series of permeability measurements were performed on the quartz-rich Canadian 

shale sample at effective stresses of 2000, 4000, and 6000 psi and at room temperature.  A 

description of fracture properties used in permeability calculations can be seen in Table 7  .  

After an effective stress of 6000 psi was reached and a progressive decrease in conductivity over 

3 days was observed, the stress was reduced to 4000 and 2000 psi in order to check if 

conductivity could be recovered.  The effective stress was increased again to 6000 psi and 
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measurements were made until the permeability held constant for several days.  These tests 

were performed over the course of 25 days in order to determine the effect of time and stress 

on conductivity loss.   

Table 7: Canadian Shale Propped Fracture Properties 

Property Value 

Mass of core halves (g) 74.1 

Fracture Length (in/cm) 2.29/5.82 

Fracture Diameter (in/cm) 0.99/2.51 

Fracture Width (cm) 0.086 

Pore Volume (cm3) 1.18 

Porosity (%) 37.1 

 

The results of this experiment are shown in Fig. 4.1 and Fig. 4.2.  The corrected Darcy 

permeability data shows a wide range of variability within a single stress level; however it shows 

a significant decrease in permeability from approximately 30 to 10 darcies as confining stress is 

increased from 2000 to 6000 psi.  The permeability measurement data for a single flow rate 

shows the same trends but with less variability, so this data will be used in the analysis.   

As seen in Fig. 4.2, the permeability decreased slightly over the first six days at 2000 psi 

net stress, likely due to proppant rearrangement.  Little change occurred when confining stress 

was increased from 2000 psi to 4000 psi, indicating that little if any proppant embedment or 

proppant crushing occurred.  Once reaching a net confining stress of 6000 psi, the permeability 

began to decrease.  As seen in Fig. 4.2, over the course of three days the permeability decreased 

from 5.0 to 3.8 darcies at which point the stress was lowered.  Permeability measurements 

showed that no conductivity was recovered by lowering the stress to 4000 or 2000 psi for two 

days, indicating that once damage to the propped fracture has occurred, the results cannot be 
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undone.  The net confining stress was increased to 6000 psi, and measurements were taken 

until the permeability leveled out at approximately 2.0 darcies.  Lowering the confining stress to 

4000 psi again yielded no increase in permeability, confirming that once lost, conductivity 

cannot be recovered.  The overall permeability loss was approximately 60% when increasing 

confining stress from 2000 to 6000 psi. 

Removing the shale sample from the core holder revealed that no noticeable 

embedment had occurred.  This shows that the reduction in permeability was a result of 

proppant crushing rather than embedment and formation fines.  This result is expected as the 

high quartz content and low clay content makes the Canadian shale relatively hard. 

 

Figure 4.1: Corrected Darcy Permeability Measurements on Canadian Shale at Various Effective 
Stresses 
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Figure 4.2: Permeability Measurements at Core Flow Rate of 6800 cm3/hr on Canadian Shale at 
Various Effective Stresses 
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Table 8: South Texas Shale Propped Fracture Properties 

Property Value 

Mass of core halves (g) 77.8 
Fracture Length (in/cm) 2.725/6.921 

Fracture Diameter (in/cm) 0.99/2.51 
Fracture Width (cm) 0.165 
Pore Volume (cm3) 1.23 

Porosity (%) 43.2 

 

As seen in Fig. 4.3, the permeability of the fracture ranged from 22.6 to 24 darcies over 

two days at 2000 psi effective stress.  This difference was considered within the range of 

experimental error.  Therefore the permeability was assumed to be constant, and the effective 

stress was increased to 4000 psi.  Over the course of the next 10 days the permeability 

decreased consistently, often times decreasing during the course of a single test.  This decrease 

in permeability was witnessed as a long slow increase in pressure drop while flowing at a single 

flow rate, as seen in Fig. 4.4.  While flowing between 500 to 2500 proppant pack pore volumes 

through the fracture, the pressure drop increased from approximately 1.2 psi to 1.7 psi, 

indicating a decrease in permeability.  This decrease during flow was thought to be a result of 

fines mobilizing and plugging the fracture.  For this reason, rather than waiting for the pressure 

drop to stabilize over time at each individual flow rate, the tests were run at a single core flow 

rate for most of the test before recording the pressure drop and quickly changing the rate and 

recording a pressure drop at each flow rate.  This produced a reliable trend in the Forchheimer 

equation data analysis.   

After 10 days of decreasing, the permeability remained constant overnight and was 

assumed to have reached its minimum value.  At this point, the effective stress was raised to 
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6000 psi and testing was resumed.  The pressure drops at the highest flow rates used in the 

previous experiments were too high to be read with the pressure transducers, so the flow rates 

were lowered accordingly.  The permeability drastically decreased on the first flow test, and 

stabilized after three days at approximately 1600 md.  However, on the third day the pressure 

drop suddenly fell from approximately 9 to 0.8 psi while flowing at a core rate of 3760 cm3/hr.  

This change corresponded to a permeability increase from 1600 md to 11700 md as indicated by 

the final point in Fig. 4.3. 

This result was unfeasible when considering proppant crushing and embedment as the 

mechanisms for the permeability decrease that had been observed.  Upon opening the core 

holder, white deposits were found covering the outlet screen as well as in the first inch of tubing 

at the outlet of the core, as seen in Fig. 4.5.  The deposit was difficult to remove from the tubing 

as though it was cemented into place.  This finding showed that the drastic drop in measured 

permeability was not a result of fracture conductivity loss but rather the plugging of the screen 

and tubing by fines from either the shale core or the proppant.  The final permeability 

measurement of 11.7 darcies is representative of the true proppant pack permeability without 

the influence of the plugged screens.  This results is a permeability decrease of 50% due to the 

increase in effective stress from 2000 to 6000 psi. 

In order to test whether the plugging material came from the shale or the proppant, a 

drop of HCl was added to the white deposit chipped out of the spacer.  The HCl caused an 

immediate reaction with visible “fizzing” taking place for over a minute.  This result confirmed 

the presence of carbonate meaning the plugging deposit came from the shale core.  Whether 
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this occurred due to a dissolution and precipitation mechanism or fines produced from 

embedment needed to be investigated by looking at the fracture face. 

The faces of the core fracture that were in contact with the proppant and saturated 

methane contained regularly spaced black specks, as shown in Fig. 4.6.  These black specks were 

revealed to be embedment markings using a scanning electron microscope (SEM) as seen in the 

lower left quadrant of Fig. 4.7.  As is characteristic of proppant embedment, spalling can be seen 

around the edges of the markings which can lead to formation fines and fracture plugging.  

Crushed proppant can also be seen, confirming that all fracture conductivity damage 

mechanisms took place.  The visible evidence of spalling shows that the plugging deposit likely 

came from shale fines rather than a dissolution and precipitation mechanism.  The long, slow 

increase in pressure drop seen in Fig. 4.5 was likely due to the mobilization of these fines by 

flowing methane through the fracture during the permeability test. 
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Figure 4.3: Corrected Darcy Permeability Measurements on South Texas Shale at Various 
Effective Stresses 
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Figure 4.4: Example of Pressure Drop Data during Permeability Measurement 

 

Figure 4.5: Plugged Screen at the Outlet of the Propped Fracture  

 

Figure 4.6: Post Flow South Texas Shale Fracture Face 



58 
 

 

 

Figure 4.7: SEM Image showing Embedment and Proppant Fines 

The presence of fines plugging the outlet screen is an important finding as this can cause 

a restriction to flow in the near wellbore region and decrease production.  However, the effect 

of the fines on the conductivity of the proppant pack was not clear.  In order to analyze the 

effect stress has solely on proppant pack conductivity, the test procedure was changed to 

minimize the effect of fines accumulating on the screen.  A single test was run at effective 

stresses of 2000, 3500, and 5000 psi with a second core that had properties shown in Table 9.  

By limiting the flow tests, the experimentalist hoped to reduce the mobilization of fines.  As 

seen in Table 10, the changing stress had little effect on the permeability of the propped 

fracture.  This shows that the small amount of embedment that occurs has little effect on the 
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permeability of the fracture while the mobilization of fines presents an opportunity for 

significant permeability reduction.  

Table 9: South Texas Shale Propped Fracture Properties (2) 

Property Value 

Mass of core halves (g) 77.8 
Fracture Length (in/cm) 2.725/6.921 

Fracture Diameter (in/cm) 0.99/2.51 
Fracture Width (cm) 0.071 
Pore Volume (cm3) 1.25 

Porosity (%) 43.7 

 

Table 10: Results of Stress Test on South Texas Shale 

Effective Stress (psi) Propped Fracture Permeability (darcy) 

1500 30.5 
3500 30.5 
5000 29.3 

 

4.2.3 Texas Gas Shale 

 The permeability of a proppant pack was measured in a Texas gas shale sample at 

effective stresses of 1000, 2000, 3000, and 4000 psi and at 275°F.  The mineralogy of the Texas 

gas shale is similar to the South Texas shale, so permeability test results were expected to be 

similar.  The propped fracture had properties listed in Table 11.  As seen in Table 12, the 

permeability at both 1000 psi and 2000 psi effective stress is essentially unchanged.  However, 

when increasing the effective stress to 3000 psi, the permeability decreases 10% showing that 

some embedment and fines may be beginning.  After increasing the effective stress to 4000 psi, 

the permeability drops 44% from the original permeability.   
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Table 11: Texas Gas Shale Propped Fracture Properties 

Property Value 

Mass of core halves (g) 80.3 
Fracture Length (in/cm) 2.598/6.599 

Fracture Diameter (in/cm) 0.976/2.479 
Fracture Width (cm) 0.06 
Pore Volume (cm3) 0.07 

Porosity (%) 6.91 

 

Table 12: Results of Stress Test on Texas Gas Shale 

Effective Stress (psi) Propped Fracture Permeability (darcy) 

1000 41.5 
2000 42.6 
3000 37.4 
4000 23.1 

 

4.2.4 Gulf of Mexico Shale 

Due to the high clay content in the Gulf of Mexico Shale, stress was expected to have a greater 

effect in this test than in the quartz-rich and calcite-rich shales previously used.  Embedment 

was expected to begin at low confining stresses, so the number of tests was expanded to a 

wider range of stress values beginning at 500 psi and at 245°F.  The properties of the propped 

fracture used for this series of experiments can be seen in Table 13.  As seen in Table 14, each 

increase in confining stress yielded a marked decrease in permeability.  Increasing the stress 

from 500 to 5000 psi decreased the permeability by nearly 50%.  The high clay content clearly 

had a large impact on how the permeability was affected by stress. 
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Table 13: Gulf of Mexico Shale Propped Fracture Properties 

Property Value 

Mass of core halves (g) 82.2 
Fracture Length (in/cm) 3.012/7.650 

Fracture Diameter (in/cm) 0.984/2.50 
Fracture Width (cm) 0.071 
Pore Volume (cm3) 0.44 

Porosity (%) 32.3 

 

Table 14: Results of Stress Test on Gulf of Mexico Shale 

Effective Stress (psi) Propped Fracture Permeability (darcy) 

500 37.8 
1000 34.9 
1500 31.7 
3500 23.5 
5000 20.1 

 

4.3 Results of Fluid Sensitivity Tests 

4.3.1 South Texas Shale 

Due to the lack of permeability change to the South Texas shale sample used in the 

stress test, the same core was used to perform a series of fluid sensitivity tests.  Effective stress 

was set at 3500 psi in order to stay below the proppant crushing stress and represent an 

intermediate stress level.  The temperature was set to 245°F which was chosen using the depth 

of the shale core and the temperature gradient in the region.  The first test exposed the shale to 

brine at a native water activity of 0.75 for increasing amounts of time, as seen in Table 15.  The 

20% decrease in permeability between the dry proppant and zero hours of exposure represents 

the effect of residual brine saturation plugging up some of the pore throats, which is to be 

expected without clay swelling.  Continued exposure to the brine did not have any effect on the 
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permeability of the propped fracture, indicating that the mechanical properties of this shale are 

not affected by exposure to native activity brine.  The reasons for this may have been that the 

equal water activities between the shale and brine prevented water exchange.  

 Another series of tests were run exposing the same shale core sample to DI water.  The 

results of which are seen in Table 16.  For up to 18 hours, no significant change was seen in the 

permeability of the propped fracture.  A permeability decrease of 15% was seen after 30 hours 

of DI water exposure.  This decrease is far less than that seen in other tests in which embedment 

and fines production occurred.  The lack of sensitivity to DI water after this extent of time 

indicates that the South Texas shale sample is not sensitive to fluid interaction, and this 

consideration may not be necessary in the design of a fracturing treatment for this reservoir. 

Table 15: Results of South Texas Shale 25% wt CaCl Brine Sensitivity Test 

Total Brine Exposure (hours) Propped Fracture Permeability (darcy) 

Dry 29.3 
0 23.4 
6 23.8 

18 23.1 

 

Table 16: Results of South Texas Shale DI Water Sensitivity Test 

Total DI Water Exposure (hours) Propped Fracture Permeability (darcy) 

6 24.2 
18 24.7 
30 20.5 

 

4.3.2 Texas Gas Shale 

The Texas gas shale has similar mineralogy to the South Texas shale; therefore it was 

expected to behave in a similar fashion with regard to fluid sensitivity.  A core was prepared 
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with properties listed in Table 17.  The effective stress was set to 3500 psi, and temperature set 

to 276°F.  The shale was exposed to DI water for a variety of times and permeability was 

measured, the results of which are shown in Table 18.  In this case, the permeability increased 

slightly after fluid was pumped into the fracture, which does not fit with the expected impact of 

residual water saturation.  It is possible that the fluid dissolved some minor restriction in the 

flow system producing this increase in permeability.   The permeability at zero hour exposure 

time can still be used to compare the remaining measurements, and no significant change was 

observed up to 30 hours of exposure time.  Due to the fact that no change was observed with DI 

water, it is safe to assume that brine would have no effect because the water activity would be 

closer to that of the shale.  Tap water was pumped into the fracture and flushed out after 22 

hours with a resulting drop in permeability of 28%.  The cation exchange from tap water to the 

shale may have weakened the shale to a greater degree than DI water.  After removing the shale 

sample from the core holder, the screens were found to be clean showing that the reduction in 

permeability was due to a reduction in proppant pack conductivity.  Less than half a proppant 

grain diameter of embedment was observed, as seen in Fig. 4.8, indicating that fines from the 

shale and proppant were the cause of the permeability reduction. 

Table 17: Texas Gas Shale Propped Fracture Properties 

Property Value 

Mass of core halves (g) 80.27 
Fracture Length (in/cm) 2.693/6.840 

Fracture Diameter (in/cm) 0.97/2.46 
Fracture Width (cm) 0.071 
Pore Volume (cm3) 0.08 

Porosity (%) 43.7 
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Table 18: Results of Texas Gas Shale DI Water Sensitivity Test 

Total DI Water Exposure (hours) Propped Fracture Permeability (darcy) 

Dry 30.1 
0 33.3 

18 32.2 
30 35.5 

Tap Water (22 hours) 24.2 

 

 

Figure 4.8: Texas Gas Shale Core After Fluid Sensitivity Test 

 

4.3.3 Gulf of Mexico Shale 

The Gulf of Mexico shale sample has the highest clay content of all the samples that 

were tested; therefore it was expected to have the greatest sensitivity to fluid.   The same core 

sample used in the stress test was used for the fluid sensitivity tests with properties shown in 

Table 13.  Due to the adverse effects of brine on the stainless steel tubing, the oven 

temperature was dropped to 200°F for the following experiments and the brine used was 3.5 
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wt% NaCl (seawater concentration).  The effective stress and temperature were set to 3500 psi 

and 245°F respectively and the permeability remained constant over three days.  All subsequent 

changes in permeability were determined to be a result of fluid interaction.  The results of the 

fluid sensitivity test can be seen in Table 19 and Table 20.   

As seen in Table 19, the initial exposure to brine caused a decrease in permeability of 

67%.  Further exposure caused no significant change.  This result shows that the damage to this 

clay-rich shale due to the 3.5% NaCl brine interaction is rapid, taking less than the 30 minutes to 

pump 20 pore volumes of fluid through the propped fracture.   

The results shown in Table 20 show that subsequent DI water exposure caused a 

decrease in permeability of 73%.  This result is expected because DI water is capable of causing a 

greater amount of cation exchange in the clay layers within the shale than brine.  This 

mechanism is capable of decreasing shale strength in addition to the effects of hydration.  

However, after nine total hours of exposure, the permeability increased back to near the 

original post-brine exposure permeability.  A plug of fines may have formed on the outlet screen 

after three hours of exposure which was subsequently removed by further pumping of DI. 

Upon opening the core after testing, the core was clearly significantly altered by the 

confining stress and fluid interaction it was exposed to.  As seen in Fig. 4.9, the core outlet was 

pinched shut on one side and the core was broken along bedding planes.  Embedment was 

clearly visible in the fracture face, as seen in Fig. 4.10.  The pock marks were approximately one 

grain diameter in width showing that the proppant was embedded at least a half a grain 

diameter.  The fines generated during the embedment process could be seen in the proppant 
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which fell off the fracture face upon opening the core.  Both the fracture width reduction 

resulting from embedment and the fines produced contributed to the permeability loss seen in 

the confining stress and fluid sensitivity tests performed on this core. 

Table 19: Results of Gulf of Mexico Shale 3.5% wt NaCl Brine Sensitivity Test 

Total Brine Exposure (hours) Propped Fracture Permeability (darcy) 

Dry 12.8 
0 4.25 
3 3.35 
9 4.36 

 

Table 20: Results of Gulf of Mexico Shale DI Water Sensitivity Test 

Total DI Water Exposure (hours) Propped Fracture Permeability (darcy) 

0 3.46 
3 0.939 
9 3.19 

 

 

Figure 4.9: Gulf of Mexico Core Outlet After Fluid Sensitivity Test 
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Figure 4.10: Gulf of Mexico Fracture Face After Fluid Sensitivity Test 

 

4.4 Discussion 

 The results presented in this thesis are quite varied and must be analyzed with respect 

to the complicated nature of shales.  As seen in Fig. 4.11, most of the shales exhibit a clear 

reduction in permeability as effective stress is increased.  However, variability in the proppant 

pack preparation can cause changes to the initial proppant pack permeability and therefore the 

results ought to be normalized to the initial permeability measured, as seen in Fig. 4.12.   

The decrease in permeability seen in the Canadian Shale and the first South Texas Shale 

tests was determined to be caused by long term effects resulting from fluid flow during the tests 

mobilizing fines and plugging a screen.  These long terms effects combined with proppant 

crushing between 5000 and 6000 psi caused these samples to show the greatest reduction in 

permeability.  Even when removing the long term effects by running one test at each stress, two 
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of the three other samples show permeability reduction with increased stress.  The Gulf of 

Mexico shale shows fracture permeability reduction even with the increase from 500 to 1000 psi 

effective stress.  The Texas gas shale shows no change until reaching 3000 psi and the South 

Texas shale shows no change even at 5000 psi effective stress.  These results show that the high 

clay content in the Gulf of Mexico shale makes it more susceptible to embedment and fines 

production.  The different results seen in the Texas gas shale and South Texas shale are 

interesting because they are similar mineralogically, as seen in Table 5.  This shows that simply 

knowing the mineral makeup of a formation is not enough to determine whether it can maintain 

propped fracture conductivity with increasing stress.  The in situ stresses affect the mechanical 

properties of formations and may have had a role in the different results seen in these samples.   

All of these results show less permeability reduction than other experimentalists have 

witnessed, including Alramahi and Sundberg (2012).  Their fracture conductivity experiments on 

shales showed an 80 to 99% reduction in fracture conductivity when increasing effective stress 

from 500 to 5000 psi.  This is likely due to the fact that Alramahi used only a monolayer of 

proppant.  When compared to a fracture 2-3 grain diameters wide as used in the experiments 

reported in this thesis, a monolayer places greater stress on individual proppant grains and may 

lead to proppant crushing at lower effective stresses.  Furthermore, the monolayer places a 

greater stress on the fracture face and proppant contact point, leading to a higher degree of 

embedment.  The monolayer is likely representative of hydraulic fractures far from the wellbore 

where little proppant reaches, while a 2-3 grain diameter fracture is more likely to occur in the 

near wellbore region.  These differences in results show that a wider fracture is essential not 

only to improve initial conductivity but also to maintain conductivity over the life of a well. 
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The two tests performed over the course of a month, the Canadian shale and the first 

South Texas shale tests, are more representative of what effect stress will have on fracture 

conductivity over the lifespan of a well.  These tests take into account the long-term effects of 

embedment and proppant crushing and also the mobilization of fines which can have a 

significant impact on proppant pack permeability.  Even a small amount of embedment, less 

than a quarter of a grain diameter, can produce a significant amount of fines.  These tests are 

also the only tests to go up to an effective stress of 6000 psi and this shows the significant effect 

of proppant crushing.  As with embedment, not only is the fracture thickness reduced by 

proppant crushing, fines are produced which further reduce the permeability of the fracture. 

 The only shale to show significant permeability reduction after exposure to fluids was 

the Gulf of Mexico shale.  This is likely due to the fact that the Gulf of Mexico shale was the only 

sample tested with a high clay content at around 62% total clay.  A 67% decrease in permeability 

was seen after pumping 20 pore volumes of 3.5% NaCl brine into the core and immediately 

flushing it out.  With no fluid interaction, proppant packs typically showed a 20% decrease after 

fluid exposure due to residual brine saturation.  Further exposure of 3.5% NaCl brine for nine 

hours and DI water for nine hours caused no permanent negative impact on the Gulf of Mexico 

sample.  This shows that the mechanical property changes that occur when shale is exposed to 

fluid happen within the first 20 minutes of fluid exposure, the time it took to pump 20 pore 

volumes of fluid and flush it out with methane.  The implications for this in a fracturing 

treatment are that potential damage to the formation will occur too rapidly for a quick flowback 

procedure to prevent it. 
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Interestingly, the results of these tests show that quartz-rich and calcite-rich shales with 

30% clay content or less will show negligible fluid interaction.  This indicates that there is a 

certain clay content threshold somewhere between 30% and 62% at which fluid interaction 

begins to negatively affect fracture conductivity.  The clay minerals in low clay content shales 

may be spread out within the matrix to a sufficient extent to prevent swelling from affecting the 

total shale strength.  Rather, isolated patches of clay might be weakened without negatively 

affecting the entire fracture face. 

 

Figure 4.11 – Effect of Confining Stress on Permeability for Various Shales 
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Figure 4.12 – Effect of Confining Stress on Normalized Permeability for Various Shales 
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Chapter 5: Shale Acidizing Experiments 

5.1 Introduction 

Acidizing is a treatment used in the oil and gas industry to enhance production from 

hydrocarbon reservoirs.  The two main techniques are matrix acidizing and acid fracturing which 

differ in treatment procedure and purpose.  In matrix acidizing, an acidic solution is pumped 

below the fracturing pressure of the formation in order to recover or enhance the permeability 

in the near-wellbore region by dissolving some of the minerals present.  This acid reacts within 

10 ft of the wellbore.  In acid fracturing, acid is pumped above the fracturing pressure of the 

formation with the goal of partially dissolving the walls of the fracture.  When pressure is 

released, asperities hold the fracture open leaving a long high conductivity path connecting the 

wellbore to the formation.  This technique has a great deal in common with hydraulic fracturing 

with proppant.  The cost and effectiveness of each ought to be considered before selecting a 

treatment option.  As concluded by Rotondi and Pace (2010), while hydraulic fracturing with 

proppant provides better initial fracture conductivity, in low permeability formations a fracture 

does not need to have substantial conductivity.  Acid fracturing has not traditionally been 

considered for use in prospective shale formations, but with increasing information on several 

high Young’s modulus calcite-rich prospective shales, the potential for this treatment option to 

be effective increases.  In a novel approach, a series of room temperature fracture conductivity 

experiments were run in order to determine the potential effectiveness of an acid fracturing 

treatment on a prospective shale formation. 
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5.2 Acidizing Experimental Setup and Testing Methods 

A new simplified fracture conductivity testing apparatus was built in order to prevent 

contact with acid from damaging the main testing equipment.  The setup, as seen in Fig. 5.1 was 

not built in a temperature controlled oven, but the other elements of the schematic in Fig. 3.1 

are present.  A South Texas shale sample was chosen due to its high calcite content.  The goal of 

this experiment was to see if contact with acid could etch the surface of the shale and thus 

increase permeability of an unpropped or propped fracture. 

 

Figure 5.1: Acid Fracturing Experimental Setup 

Cores were prepared in the same manner as described in section 3.3.1 of this report, 

except in one test no proppant was added to the fracture.  PEEK™ spacers were used inside the 

core holder in order to prevent acid from reacting with the aluminum spacers often used in 

other conductivity experiments.  To begin a test, BPR-1 was set to 900 psi and BPR-2 set to 300 
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psi, and a confining pressure of 3000 psi was placed on the core.  Brine at the shale core’s native 

water activity was pumped through the fracture at 10 cm3/min for 15 minutes, and flow rate 

was adjusted to achieve a stable pressure drop.  The low flow rates used were within Darcy flow 

range, so Eqn. 1 used to calculate the permeability to brine.  A permeability test was performed 

by injecting saturated methane through the fracture beginning at 100 cm3/hr pump flow rate 

and recording pressure drops at five different flow rates.  Forchheimer equation analysis was 

performed in order to determine a value for corrected Darcy permeability.  A 30 mL mixture of 

3% HCl with 3% KCl was injected through the fracture at 1 mL/min, bypassing all electronic 

equipment in order to protect the sensitive electronics from acid exposure.  After finishing acid 

injection, the lines were flushed with 3 wt% KCl solution for 15 minutes.  The permeability test 

was repeated, and the results before and after acid injection were compared. 

In the case of the propped fracture shale core, a subsequent test was run to investigate 

the effect of fresh water exposure on a core previously exposed to acid.  Austin tap water was 

pumped through the propped fracture at flow rates of 50, 100, and 200 cm3/hr, and the 

permeability was calculated and averaged based on the assumption that flow was occurring in 

the Darcy flow regime.  After 18 hours, tap water was again pumped at the same three flow 

rates and permeability was calculated from the average.  Saturated methane was pumped 

through the fracture at the maximum pump rate in order to reduce the water to residual 

saturation, followed by a saturated methane permeability test.  The core was allowed to sit at 

1500 psi confining for 4 days.  Afterwards, another saturated methane permeability test was run 

and the permeabilities were analyzed. 
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5.3 Results and Discussion 

5.3.1 Unpropped Fracture 

Initial experiments were run using an unpropped saw-cut-fracture as seen in Fig. 5.2.  

The experimentalists initially determined the permeability to brine to be 21 md.  Upon injecting 

acid, the pressure drop increased dramatically even at extremely low flow rates.  A 500 psi 

pressure drop was placed across the fracture, and after 14 hours no pressure had leaked 

through the fracture indicating that it had essentially no permeability.  The fracture faces were 

inspected after removing the shale from the core holder and some acid etching was observed.  

As seen in Fig. 5.3 with the inlet on the left, acid preferentially etched on one side of the 

fracture and never reached the outlet.  This likely means that once reaching approximately ¾ of 

the length of the core, the surface tension of the acid on the fracture faces became too great to 

allow flow to continue and plugged the fracture.  In acid fracturing, the fluid is pumped above 

fracture pressure which in this experimental setup would mean pumping above the confining 

pressure.  This is not feasible because the fluid might flow around the fracture between the core 

and the rubber sleeve rather than through the fracture.  For this reason, the experimentalist 

decided to run a series of acid experiments on a propped fracture. 



76 
 

 

Figure 5.2: Unpropped Fracture in South Texas Shale Core 

 

 

Figure 5.3: Evidence of Acid Etching on a South Texas Shale Core 

 

5.3.2 Propped Fracture 

A South Texas shale core was used to prepare a propped fracture with properties listed 

in Table 21.  An initial pack permeability of 16.6 darcies was measured using methane as the 
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flowing fluid.  10mL of 3% HCl and 3% KCl were pumped through the fracture and allowed to 

react for 10 minutes.  Afterwards, another 10 mL of acid was pumped.  The pH of the effluent 

collected at the outlet of the core dropped over the course of the first 10 mL pumped from 1.25 

to 0 indicating that the reaction between the acid and the calcite in the shale was slowing down. 

Saturated methane was pumped through the fracture at the maximum pump rate of 

3000 cm3/hr until the pressure drop stabilized as it reduced the level of acid in the fracture to 

residual saturation.  Another methane permeability test was run, showing the fracture 

permeability to be 15.9 darcies, as seen in Table 22.  This value is 4.2% below the original 

proppant pack permeability which is considered within the expected effect of residual fluid 

saturation.  This result seems to indicate that the acid had no measureable impact on proppant 

pack permeability in this shale. 

A permeability test using tap water as the flowing fluid was run with a resulting 

permeability of 23.0 darcies.  This indicates that after removing the effect of residual fluid 

saturation, the acid in fact increased the Darcy permeability of the pack by 39%.  After 18 hrs of 

tap water exposure, a second water permeability test was run resulting in a decrease in 

permeability of 40%.  This permeability reduction was confirmed by a methane permeability 

test.  After allowing the pack to sit for four days at 1500 psi effective stress, a methane 

permeability test showed in a 99% reduction in permeability.  An effective stress of 1500 psi has 

previously been shown to not cause embedment or fines production in this shale; therefore 

changes to the mechanical properties of the shale must have taken place.  This test shows that a 

combination of acid, fresh water, and time can have detrimental effects on fracture 

conductivity.   Opening the fracture revealed that the proppant pack was plugged with material 



78 
 

from the shale matrix as seen in Fig. 5.4.  Embedment was difficult to quantify because the shale 

exposed to the proppant was unconsolidated.  Clearly, the exposure to a combination of acid 

and tap water significantly weakened the shale on the fracture face, while leaving the 

unexposed shale unaffected. 

Table 21: South Texas Shale Propped Fracture Properties (3) 

Property Value 

Mass of core halves (g) 77.8 
Fracture Length (in/cm) 2.372/6.025 

Fracture Diameter (in/cm) 0.987/2.51 
Fracture Width (cm) 0.0635 
Pore Volume (cm3) 0.959 

Porosity (%) 29.9 

 

Table 22: South Texas Shale Permeability Test Measurements in Chronological Order 

Test Conditions Permeability (darcy) 

Methane k Before Acid Exposure 16.6 
Methane k After Acid Exposure 15.9 

Initial Water k 23.0 
Water k After 18 hours Tap Water Exposure 13.7 

Methane k  13.1 

Methane k After 4 days 0.11 
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Figure 5.4: Proppant Pack After Acid and Fresh Water Exposure 

5.4 Conclusions and Recommendations 

The results of this preliminary analysis of acid fracturing calcite-rich shales show varied 

results.  The system was incapable of pumping through an unpropped fracture which was 

imperative to determining the effect of acid etching on fracture permeability.  An experimental 

setup capable of pumping through an unpropped fracture ought to be designed, or a method of 

producing rough surfaced fractures could be used to allow the flow of acid.  Acid exposure 

appears to have a positive effect on propped fracture conductivity in this calcite-rich shale.  

However, subsequent exposure to fresh water reduces permeability by 99% over the course of 

four days. 

An experimental setup should be developed that is capable of pumping acid through an 

unpropped fracture above confining pressure without the chance of flow going around the core.  

Alternatively, a natural fracture could be used instead of a saw cut one.  By offsetting the 
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natural fracture, the asperities would keep the fracture open, allowing flow.  All methane 

permeability tests ought to be run after flowing brine in order to control the effects of residual 

fluid saturation. 
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Chapter 6: Summary, Conclusions, and Recommendations 

6.1 Summary 

An experimental study was performed in which the effect of confining stress and fluid 

interaction on propped fracture conductivity in preserved shale cores was analyzed.  Four 

different prospective shale cores of varying mineralogy were tested at reservoir conditions, each 

showing a different susceptibility to proppant embedment and conductivity loss.  Other factors 

contributing to conductivity loss including fines generation and fluid sensitivity were also 

analyzed.  A preliminary investigation into the potential to use acid fracturing in prospective 

shale plays was run.  The results of this study can be used to help optimize hydraulic fracturing 

treatments with regard to pay zone selection and treatment fluid determination.  A summary of 

the findings of this report are as follows: 

 A fracture in quartz-rich shale (Canadian Shale) propped with 40/70 white sand 

began to lose conductivity between 4000 and 6000 psi net confining stress.  A 

permeability loss of 64% is was observed and was due to proppant crushing as 

no signs of embedment occurred up to 6000 psi. 

 A fracture in a calcite-rich shale (South Texas shale) propped with 40/70 white 

sand began to lose conductivity between 2000 and 4000 psi net confining stress.  

At 6000 psi confining, while proppant embedment less than half a grain 

diameter occurred, fines production decreased permeability by 90%.  True 

proppant pack conductivity loss is closer to 50% as a result of embedment and 

proppant crushing. 
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 A fracture in a calcite-rich shale (South Texas shale) propped with 40/70 white 

sand maintained original proppant pack permeability up to 5000 psi effective 

stress. 

 Exposing a propped fracture in a calcite-rich shale (South Texas shale) to CaCl 

brine at native water activity for up to 18 hours and DI water for up to 30 hours 

caused no fracture conductivity reduction. 

 A fracture in a calcite-rich shale (Texas gas shale) propped with 40/70 white 

sand began losing conductivity between 2000 and 3000 psi effective stress.  At 

4000 psi effective stress the permeability was reduced by 44%. 

 Exposing a propped fracture in a calcite-rich shale (Texas Gas Shale) to DI water 

for 30 hours caused no fracture conductivity reduction while exposure to tap 

water for 22 hours caused a reduction in fracture permeability of 36%. 

 A fracture in a clay-rich shale (Gulf of Mexico shale) propped with 40/70 white 

sand began losing conductivity between 500 and 1000 psi net confining stress.  

At 5000 psi confining, permeability was reduced by 50%. 

 Exposing a clay-rich shale (Gulf of Mexico shale) to 3.5 wt% NaCl brine caused a 

decrease in permeability of 75%. 

 Exposing a propped fracture in a calcite-rich shale (South Texas shale) to HCl for 

up to 20 minutes increased Darcy permeability by 39% after accounting for 

residual fluid saturation.  However, subsequent exposure to tap water can 

decrease permeability by 99% over the course of four days. 
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6.2 Limitations 

In every experiment in which fluid entered the proppant pack, the amount of remaining 

fluid was determined by the maximum flow rate of the pump, 3000 cm3/hr, and the settings of 

the back pressure regulators.  This may have underestimated the resulting permeabilities at a 

true residual water saturation.  However, by pumping at the maximum flow rate until a constant 

pressure drop was achieved, the amount of residual water could be assumed equal for different 

tests. 

The rubber sleeve that holds the propped core sample had a tendency to rupture at a 

combination of temperature and pressure above 5000 psi net confining stress and above240°F.  

This limited the testing conditions to low and intermediate stresses, which is likely 

representative of most prospective shale plays but not extremely deep ones. 

The screens on the ends of the propped fractures were necessary to hold the proppant 

in place; however, they tended to get plugged by fines.  This made determining a true proppant 

pack permeability difficult as the effect of fines on the screens was substantial.  Due to the fines 

production, the experimental procedure was altered and was then only capable of detecting 

short term conductivity changes.   

The experimental equipment was incapable of pumping acid through an unpropped 

fracture above confining pressure.  This prevented the direct determination of the effect of acid 

etching on an unpropped fracture. 

6.3 Conclusions 

The following conclusions can be drawn based on the results of these experiments: 
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1. Prospective shales with less than 30% clay content can be expected to show little or no 

fluid sensitivity when exposed to 3 wt% KCl, deionized water, or brine at native water 

activity. 

2. Shales with high clay content, beginning somewhere between 30% and 62% clay, can be 

expected to show fracture conductivity reduction at effective stresses greater than 500 

psi due to fracture thickness reduction and fines generation. 

3. Shales with high clay content, beginning somewhere between 30% and 62% clay, can be 

expected to show fracture conductivity reduction when exposed to 3.5% NaCl (seawater 

concentration) brine. 

4. Shales with varying mineralogies can be expected to begin showing conductivity 

reduction at various levels of confining stress.  Clay-rich then calcite-rich then quartz-

rich shales can be expected to withstand greater stresses before showing conductivity 

reduction. 

5. Fines generated by even a small amount of proppant embedment have the potential to 

decrease conductivity over time to a greater degree than the width reduction due to 

embedment. 

6. While acid exposure can increase propped fracture conductivity in a calcite-rich shale, 

subsequent tap water exposure can have extremely detrimental effects on conductivity. 

6.4 Recommendations 

Further research ought to be conducted to analyze the effect of stress and fluids on 

preserved shale cores with a wider range of mineralogy.  Using that information, a more 

accurate value of acceptable clay content can be determined for prospective shales while 
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retaining propped fracture conductivity.  More data is also required to create a simulation tool 

capable of predicting conductivity reduction in shales as a function of stress and fluid 

interaction. 

Running permeability tests at higher confining pressures would yield a better idea of the 

effect of stress on shale plays deeper than 10,000 ft and during late stage production.  A method 

of analyzing the long-term (30+ days) effects of stress and fluid interaction on propped fracture 

conductivity in shales ought to be investigated. 

The shale acid fracturing concept should be explored in greater detail.  By constructing 

an experiment in which acid can be pumped through an unpropped fracture above confining 

pressure, the ability of acid etching to increase fracture conductivity could be determined.  

Alternatively, a natural fracture rather than a saw cut fracture could be used and displaced a 

small amount in order to allow the flow of acid. 
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