
Copyright

by

Mohammad Mirzaei Galeh Kalaei

2013



The Dissertation Committee for Mohammad Mirzaei Galeh Kalaei
certifies that this is the approved version of the following dissertation:

Imbibition of anionic surfactant solutions into the

oil-wet matrix in fractured reservoirs

Committee:

David A. DiCarlo, Supervisor

Gary A. Pope, Supervisor

Mojdeh Delshad

Kishore Mohanty

Marc Hesse



Imbibition of anionic surfactant solutions into the

oil-wet matrix in fractured reservoirs

by

Mohammad Mirzaei Galeh Kalaei, B.S.; M.S.

DISSERTATION

Presented to the Faculty of the Graduate School of

The University of Texas at Austin

in Partial Fulfillment

of the Requirements

for the Degree of

DOCTOR OF PHILOSOPHY

THE UNIVERSITY OF TEXAS AT AUSTIN

May 2013



Dedicated to my devoted wife, Mansoureh and my lovely son, Mateen

My parents, Sorayya and Nasser and my in-laws, Fatemeh and Mansour

For their endless love and support.



Acknowledgments

I would like to sincerely thank my supervisor Dr. David DiCarlo, for

his advice and support throughout my PhD. I have learned a lot from his vast

knowledge and insightful questions. I also learned a lot from him in personal

life. I also would like to express my deepest gratitude to my co-supervisor, Dr.

Gary Pope for his continuous support and encouragement. I am privileged to

have had an opportunity to work with them.

I also greatly appreciate my committee members, Dr. Kishore Mo-

hanty, Dr. Mojdeh Delshad and Dr. Marc Hesse for their time and valuable

comments.

I greatly acknowledge the members of the Chemical EOR industrial

affiliates of the University of Texas at Austin for their financial support of this

research.

I would like to acknowledge the staff of the department of Petroleum

and Geosystems Engineering, Dr. Do Hoon Kim, Chris Britton, Gary Mis-

coe, Glen Baum, Esther Barrientes and Allison Brooks for their technical and

administrative support.

I also thank my friends in the department especially, Dr. Hossein

Kalaei, Dr. Hassan Dehghanpour, Behdad Aminzadeh, Amir Kianinejad,

Javad Behseresht, Ali Moinfar, Mohammad Reza Beygi, Hamid Lashgari, and

v



Ali Goudarzi for their discussions and suggestions.

I would like to express my deepest gratitude to my wife, Mansoureh

for her love, patience and support throughout my PhD. Finally, I thank my

parents, Sorayya and Nasser, my brothers and sisters, my parents in law,

Fatemeh and Mansour and my sister in-law, who have always supported me

in every possible way.

vi



Imbibition of anionic surfactant solutions into the

oil-wet matrix in fractured reservoirs

Publication No.

Mohammad Mirzaei Galeh Kalaei, Ph.D.

The University of Texas at Austin, 2013

Supervisors: David A. DiCarlo
Gary A. Pope

Water-flooding in water-wet fractured reservoirs can recover significant

amounts of oil through capillary driven imbibition. Unfortunately, many of the

fractured reservoirs are mixed-wet/oil-wet and water-flooding leads to poor

recovery as the capillary forces hinder imbibition. Surfactant injection and

immiscible gas injection are two possible processes to improve recovery from

fractured oil-wet reservoirs, which are studied in this dissertation. In both

these EOR methods, gravity is the main driving force for oil recovery.

Surfactant flooding has been recommended and shown a great potential

to improve oil recovery from oil-wet cores in the laboratory. To scale the

results to field applications, the physics controlling the imbibition of surfactant

solution and the scaling rules needs to be understood.

The standard experiments for testing imbibition of surfactant solution

involves an imbibition cell, where the core is placed in the surfactant solution
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and the recovery is measured versus time. Although these experiments prove

the effectiveness of surfactants, little insight into the physics of the dispal-

cement is achieved.

This dissertation provides new core scale and pore scale information

on imbibition of anionic surfactant solution into oil-wet porous media. In

core scale, surfactant flooding into oil-wet fractured cores is performed and

the imbibition of the surfactant solution into the core is monitored using X-

ray computerized tomography(CT). The surfactant solution used is a mixture

of several different surfactants and a co-solvent tailored to produce ultra-low

interfacial tension (IFT) for the specific oil used in the study. From the CT

images during surfactant flooding, the average penetration depth and the water

saturation versus height and time is calculated. Cores of various sizes are used

to better understand the effect of block dimension on imbibition behavior.

The experimental results show that the brine injection into fractured

oil-wet core only recovers oil present in the fracture; When the surfactant

solution is injected, the CT images show the imbibition of surfactant solution

into the matrix and increase in oil recovery. The surfactant solution imbibes

as a front. The imbibition takes place both from the bottom and the sides of

the core. The highest imbibition is observed close to the bottom of the core.

The imbibition from the side decreases with height and lowest imbibition is

observed close to the top of the core. Experiments with cores of different

sizes show that increase in either the length or the diameter of the core causes

decrease in the fractional recovery rate (%OOIP).
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Numerical simulation is also used to determine the physics that controls

the imbibition profiles. Both experimental and numerical simulation results

imply that the gravity is the main driving force for the imbibition process. The

traditional scaling group for gravity dominated imbibition only includes the

length of the core to upscale the recovery for cores of different sizes. However

based on the measurements and simulation results from this study, a new

scaling group is proposed that includes both the diameter and the length of

the core. It is shown that the new scaling group scales the recovery curves from

this study better than the traditional scaling group. In field scale, the new

scaling group predicts that the recovery from fractured oil-wet reservoirs by

surfactant injection scales by both the vertical and horizontal fracture spacing.

In addition to core scale experiments, capillary tube experiments are

also performed. In these experiments, the displacement of oil by anionic sur-

factant solutions in oil-wet horizontal capillary tubes is studied. The position

of the oil-aqueous phase interface is recorded with time. Several experimental

parameters including the capillary tube radius and surfactant solution viscos-

ity are varied to study their effect on the interface speed.

Two different models are used to predict the oil-aqueous phase interface

position with time. In the first model, it is assumed that the IFT is constant

and ultra-low throughout the experiments. The second model involves change

of wettability and IFT by adsorption of surfactant molecules to the oil-water

interface and the solid surface. Comparing the predictions to the experimental

results, it is observed that the second model provides a better match, especially
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for smaller capillary tubes. The model is then used to predict the imbibition

rate for very small capillary tubes, which have equivalent permeability close

to oil reservoirs. The results show that the oil displacement rate is limited by

the rate of diffusion of surfactant molecules to the interface.

In addition to surfactant flooding, immiscible gas injection can also im-

prove recovery from fractured oil-wet reservoirs. In this process, the injected

gas drains the oil in the matrix by gravity forces. Gravity drainage of oil with

gas is an efficient recovery method in strongly water-wet reservoirs and yields

very low residual oil saturations. However, many of the oil-producing frac-

tured reservoirs are not strongly water-wet. Thus, predicting the profiles and

ultimate recovery for mixed and oil-wet media is essential to design and opti-

mization of improved recovery methods based on three-phase gravity drainage.

In this dissertation, we provide the results from two- and three-phase

gravity drainage experiments in sand-packed columns with varying fractional

wettability. The results show that the residual oil saturation from three-phase

gravity drainage increases with increase in the fraction of oil-wet sand. A sim-

ple method is proposed for predicting the three-phase equilibrium saturation

profiles as a function of wettability. In each case, the three-phase results were

compared to the predictions from two-phase results of the same wettability.

It is found that the gas/oil and oil/water transition levels can be predicted

from pressure continuity arguments and the two-phase data. The predictions

of three-phase saturations work well for the water-wet media, but become

progressively worse with increasing oil-wet fraction.
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Chapter 1

Introduction

Around 60% of the world’s oil reserves lie in carbonate reservoirs [5],

many of which are fractured. Examples of large oil-in-place fractured carbon-

ate reservoirs are the West Texas Carbonates and the North Sea Chalks [63].

The fractured systems are usually modeled as a combination of two different

media: matrix and fracture. The fractures are the high permeability flow

networks and little fluid content compared to the matrix. While most of the

fluids reside in the matrix, the flow is slow in the matrix. The dual nature of

the fractured porous media makes the oil recovery from fractured reservoirs

complicated.

After primary recovery from the oil reservoirs, water injection is the

most widely used method to produce additional oil. In the fractured reservoirs,

the injected water primarily sweeps the fracture. If the matrix is water-wet,

the water present in the fractures is also imbibed into the matrix by capillary

forces and oil is produced by a counter-current flow regime. This process has

been studied for decades and the relevant physics and scaling rules are well

understood [100, 104, 106, 117, 130, 147, 156].

Unfortunately, many of the fractured reservoirs are oil-wet or mixed-
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wet [124, 152]. In oil-wet fractured reservoirs, the capillary forces oppose im-

bibition of water into the matrix. Therefore, water flooding only displaces oil

in the fractures, which is small fraction of the oil in the reservoirs, leading

to poor recovery. Finding an efficient method to improve recovery from these

reservoirs is an important enhanced oil recovery (EOR) need.

Several EOR techniques including steam injection, low-salinity brine

injection and surfactant injection have been proposed to improve recovery from

oil-wet fractured reservoirs [6]. For surfactant injection, anionic surfactants

have shown a great potential to produce oil from oil-wet cores. For example,

Hirasaki and Zhang [80] used a dilute alkali/anionic surfactant solution to

recover oil from an aged dolomite core in an imbibition cell. While brine did

not recover any oil from the oil-wet core, alkali/surfactant solution recovered

around 45% of the oil. The effectiveness of anionic surfactants for oil recovery

from oil-wet carbonate cores was confirmed in several other imbibition cell

experiments [3, 20, 67, 70].

Although surfactant injection is promising in lab scale, to be able to

apply this method in field scale, it must be scaled correctly. Developing the

scaling rules involves understanding the physics of imbibition of surfactant

solution into the oil-wet cores. As mentioned earlier, most of the experiments

performed to study the imbibition of surfactants into the oil-wet cores have

used imbibition cells [3, 17, 80, 137]. In these experiments, only the amount of

oil recovered vs. time is measured. Thus, the only method to understand the

underlying physics is changing the experimental variables like core and fluid
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properties and comparing the recovery curves.

In this dissertation, two different approaches are taken to understand

the controlling physics of the imbibition process. In core scale, water and sur-

factant flooding into oil-wet fractured cores are performed. Using CT scanner,

the imbibition of the aqueous phase into the matrix is monitored. The CT

images are used to calculate the saturation of the aqueous phase versus height

at different times. The results are used to understand the driving force for

the imbibition and devise the scaling rules for the process. In pore scale, the

imbibition of the surfactant solution into oil-wet capillary tubes is studied.

The position of oil-water interface at different times is recorded to understand

the physics of the imbibition in pore-scale.

This dissertation is organized as follows: Chapter 2 discusses the back-

ground on imbibition of surfactant solutions into oil-wet cores. The interac-

tions which change the rock wettability towards oil-wet states are reviewed

and the role of surfactants in recovery from oil-wet cores is illustrated. In par-

ticular, the wettability alteration towards less oil-wet state using surfactants

are discussed. Next, the numerical models and the scaling rules for oil recovery

from oil-wet cores using surfactant solution are presented. Finally, the gaps in

the literature are discussed.

In Chapter 3, the phase behavior, pore scale and core scale experi-

ments performed to understand the occurrence of spontaneous emulsification

are reviewed and the possible role of spontaneous emulsification to improve oil

recovery during surfactant injection is discussed.
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In Chapter 4, the experimental and numerical studies performed to

understand the imbibition of anionic surfactant solutions into oil-wet capillary

tubes are reviewed.

In Chapter 5, the core flooding experiments to study the imbibition of

surfactant solution into oil-wet fractured cores are described. The saturation

and imbibition profiles calculated using the CT images are presented. The

numerical simulation is used to understand the observed profiles. A new scaling

group is presented to upscale the recovery curves for cores of different sizes.

In Chapter 6, the experimental results from two- and three-phase grav-

ity drainage experiments in sand-packed columns with varying wettability are

presented. A simple method is used for predicting the three-phase equilibrium

saturation profiles as a function of wettability.

In Chapter 7, some recommendations to extend the current research

are provided.
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Chapter 2

Literature review on Wettability Alteration

2.1 Introduction

Wettability is defined as the tendency of one fluid to spread onto or

adhere to a solid surface in the presence of a second immiscible fluid [66]. The

first fluid that spreads on the solid surface is designated as the wetting phase

and the other fluid is the non-wetting phase. The wetting characteristics of

the any rock/fluid systems is controlled via the molecular interactions between

the fluids and the solid surface. The wetting phase forms stronger bonds with

solid surface molecules and spreads on the solid surface to minimize the energy

of the system. The strength of the molecular forces mostly depends on the

composition of the rock and fluids. It is also affected by other parameters

including the system temperature and pressure. In the context of hydrocarbon

reservoirs, which might contain water, oil, and gas phases, gas is always the

non-wetting phase. Hence, oil and water compete to wet the rock surface and

become the wetting phase [10].

The wettability is generally categorized in two classes: homogenous and

heterogenous. In homogenous wettability, the entire solid surface has uniform

molecular attraction towards the fluid. When the water is the wetting phase,
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the rock is called strongly water-wet. One the other hand, when the oil is the

wetting phase, the rock is called strongly oil-wet. When the solid surface has no

preferential wettability for either of the phases, the rock is called intermediate

or neutral wet.

The wettability can also be heterogenous. Two main classes of heteroge-

nous wettability are fractional wettability and mixed wettability. In fractional

wettability, the preferential wetting is randomly distributed throughout the

rock. In mixed wettability, the larger pores are oil-wet and provide a continu-

ous path for oil, while the smaller pores remain water-wet. Thus, mixed wetta-

bility might be categorized as a special type of fractional wettability [51, 155].

Knowledge of the wettability state of the reservoir is very important

in reservoir management. Therefore, various methods have been proposed to

quantify the average wettability state of a porous media. The most popu-

lar methods to quantify wettability are contact angle measurements, Amott

and USBM [12]. In contact angle measurement, the mineral surface is typi-

cally immersed in brine and then a drop of oil is placed on the rock surface.

Figures 2.1a-c show the schematic of the position of oil drop in water-wet, oil-

wet and intermediate wet systems, respectively. The angle, which is measured

through the more dense fluid (water) is known as contact angle. The measured

contact angle is close to 0◦ for strongly water-wet surfaces and close to 180◦

for strongly oil-wet surfaces. The contact angle for intermediate wettability

ranges roughly from 45◦ to 135◦, although different researchers might use a

smaller range.
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Since rock wettability controls the position of the fluids in the porous

media, it affects many properties of porous media including relative perme-

ability, capillary pressure, dispersively, and the electrical properties [11, 13–15].

For example, Figure 2.2 shows the oil-water capillary pressure curves for water-

wet and oil-wet systems. In the water-wet core, the capillary pressure(Pc =

Poil − Pwater) is positive at high initial oil saturation (Point A). If the core is

placed in contact with water,i.e. in an imbibition cell, the water spontaneously

imbibes into the core (curve 2) and the oil is recovered. This process, is called

spontaneous imbibition of water and is driven by capillary forces. However, for

the oil-wet core, the capillary pressure is negative at high initial oil saturation.

In this case, to increase the water saturation and recover oil from the core,

it is necessary to force water into the core. In other words, in contrast to a

water-wet core, where capillary force helps imbibition of the water into the

rock, capillary force opposes imbibition of water into the oil-wet rocks.

Similar to capillary pressure, other properties of the rock and the reser-

voir are affected by the wettability state of the rock. For example, Hirasaki et.

al [82] reported that lowest residual oil saturation to water flood in Berea sand-

stone occurs when the rock is neither oil-wet nor water-wet. The wettability

state of the rock becomes even more important when the reservoir is frac-

tured. For example, the recovery from water flooding in water-wet fractured

reservoirs can be significantly higher than the recovery in oil-wet reservoirs.

In water-wet reservoirs, the injected water imbibes into the block by capillary

forces and displaces the oil in the rock. However, in oil-wet reservoirs, water
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flooding only displaces oil in the fractures and the recovery factor is poor.

To enhance recovery from fractured oil-wet reservoirs, several different EOR

methods including steam injection and surfactant flooding are proposed.

In particular, anionic surfactants have shown a great potential to im-

prove recovery from oil-wet rocks. Surfactant flooding have been studied and

used to displace the residual oil after water flooding in conventional reservoirs

for decades. The surfactants can act through several different mechanisms [95]:

First, the surfactants reduce the interfacial tension (IFT). Consequently, the

capillary forces which oppose the imbibition of the aqueous phase in oil-wet

cores become weak(Pc ∝ σow). In the limit of σow = 0, capillary forces van-

ish and no longer oppose the imbibition of water and oil recovery. Second,

surfactant can alter the wettability of the rock towards more water-wet state.

The change of wettability towards more water-wet can significantly affect the

capillary pressure, relative permeability and also residual oil saturation of the

rock. Several studies show that the anionic surfactants can change the wet-

tability of initially oil-wet surfaces towards more water-wet state. Surfactants

can also act to improve recovery through other mechanisms like swelling and

emulsification that appear to be of less important than the IFT reduction and

wettability alteration. In this chapter, we mainly focus on wettability alter-

ation of oil-wet surfaces and cores using anionic surfactant solutions. We first

explain why the originally water-wet rocks become oil-wet. Next, the wetta-

bility alteration by anionic surfactants is explained. Section 2.4 reviews the

numerical studies performed to model the wettability alteration by surfactant
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and its effect on flow properties. The scaling rules for recovery is presented in

section 2.5. This chapter is concluded with a summary in section 2.6. It should

be noted that the primary focus of this chapter is carbonate formations.

2.2 Wettability alteration by crude oil

Sandstone and carbonate reservoirs are initially water-wet and satu-

rated with water before migration of oil. After migration of oil into these

formations, interaction of the oil with rock surface can change the wetting

state of the rock. It is suggested that heavy oleic components and high molec-

ular weight polar species of crud oil can adsorb on the rock surface and make

the rock surface preferentially oil-wet [10, 51, 155]. However, the extent of the

wettability change may depend on different factors including reservoir temper-

ature and pressure, rock minerals, and oil composition. Several experimental

studies show that the composition of the oil plays the most important role

in the rock wettability alteration [34, 92, 139]. In these experiments, the rock

surface which is originally water-wet is treated and aged with hydrocarbon

phase of varying compositions. Next, the wettability index of the rock surface

is measured to quantify the extent of wettability change.

Buckley and Lin [34] proposes four main categories of rock/brine/oil

interactions that affect the wetting state of the rock (Figure 2.3):

• polar interactions of the crude oil components with the rock surface in

the absence of water film, which allows for adsorption of oleic components
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and change of wettability

• precipitation of asphaltene on the rock surface and consequent change of

wettability towards less water-wet state; The precipitations of asphaltene

is mainly a function of ability of the crude oil to act as the solvent for

the asphaltene

• acid/base interactions which control charges at oil-water and water-solid

interface. If oil-water and water-solid interface have similar charges, the

water film on the surface stabilizes and strongly water-wet rocks are

achieved. Otherwise, the water film can collapse and allows for direct

contact of the oil and rock surface. The oleic components in the crude oil

then adsorb on the rock and change the wettability towards more oil-wet

states (type 1 interaction).

• ion binding between highly charged sites and high valency ions like Ca2+

which promote wettability change towards more oil-wet states.

To understand the polar interaction between the oil and the solid sur-

face, Thomas et. al[149] investigated the interaction of several different oleic

components comprising fatty acids, carboxylic acids, sulfates and carboxy-

lated polymers on calcite, dolomite and magnesite surfaces. They show that

the change of wettability state towards preferential oil-wet mainly depends on

two factors: the adsorbed quantity of the oleic components on the rock surface

and the hydrophobic characteristics of the adsorbent.
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They observe that long-chain fatty acids and carboxylated polymers

show the strongest affinity towards the carbonate surfaces. They propose two

reasons for this strong bond: first, the similarity between the carboxylate

group and the carbonate ion and second, the close packing of the hydrocarbon

tails above the surface. This close packing excludes the water from the solid

surface and prevents desorption of adsorbed components and also carbonate

dissolution (Figure 2.4). Other carboxylic acids like branched and aromatic

carboxylic acids and decarboxylate acids that have head groups similar to fatty

acids and carboxylated polymers, also adsorb on calcite surface. However, the

attachment is weaker than fatty acids and carboxylated polymers. This differ-

ence shows the importance of closed packing of hydrocarbon tails on additional

stabilization of adsorbents. Sulfates and sulfonates do not adsorb strongly on

the rock surface and thus, do not alter the carbonate rock wettability. Possible

reasons for this weak attachment are either greater water solubility of these

components or their larger head group compared to carboxylate group.

Strong adsorption of the components on the rock surface does not nec-

essarily result in change of rock wettability towards more oil-wet state. An-

other important factor on wettability change is the properties of the adsorbed

molecules. Wettability change requires adsorption of molecules with hydropho-

bic tails forming a closed packing on the surface. To understand the impor-

tance of this factor, the contact angles of the carbonate surfaces treated with

different components described earlier were measured [149]. Among the com-

ponents with strong adsorption, fatty acids were able to change the wettability.
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Some of the carboxylic acids also changed the rock wettability depending on

their adsorption amount and the hydrophilic characteristics of their tail group.

However, the polymer carboxylate which adsorb strongly on the surface did

not alter the wettability. This might be caused by low hydrophobicity of the

tail group. In other words, although the carboxylated polymers adsorb on

the rock surface, the hydrocarbon tail heading outwards the surface does not

exhibit strong hydrophobic properties.

The importance of the structure of the adsorbent is also confirmed by

other researchers. For example, Wu et. al [157] observed that the extent

of wettability change is a function of structure of naphthenic acid molecules.

They observe that higher adsorption of a component does not necessarily re-

sults in greater change in wettability state of the rock. Based on the results

from these studies, it is concluded that electrostatic attraction between the

adsorbate and the mineral surface, ability to form a close packing on the sub-

strate, low solubility of the adsorbate and multiple attachment sites on the

adsorbate can enhance the adsorption onto the carbonate surface [149].

The experimental studies mentioned above show that the fatty acids

and some of the carboxylic acids can alter the wettability of the carbonates.

Therefore, the carboxylic acid content of the crude oil is a good measure of its

capability for wettability alteration. Unfortunately, it is difficult to find the

concentration of all acidic component in the crude oil since there are hundreds

of thousands components in the crude oil. However, it is possible to measure

the concentration of these components indirectly, e.g. measurement of the
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acid number of the crude oil. Acid number is measured through a standard

procedure by titration of the crude oil by KOH (ASTM D664).

Several studies have been performed to understand the correlation be-

tween the acid number and the extent of wettability change. Standnes et. al

aged cores using crude oils with different acid numbers and asphaltene con-

tent and measured the oil production resulted from spontaneous imbibition of

water into the cores [139]. The lowest oil recovery was observed for the core

aged with oil that had the highest acid number, i.e., the highest concentra-

tion of acidic components. This behavior shows the capability of the crude

oil with high acid number to alter the rock wettability towards more oil-wet

state. Zhang and Austad [160] also confirmed that the wettability alteration

of a rock toward oil-wet state is a strong function of the acid number of the

crude oil used in aging period.

Many of the experiments performed to understand the process of wet-

tability change towards more oil-wet states include direct contact of the crude

oil and its constituents with the mineral surface. However, in oil reservoirs,

the rock surfaces are originally covered with water. Even after invasion of oil

in the pores, the rock surface may remain covered with water films. Thus, the

question is that how acidic components can adsorb on the rock surface, when

it is originally covered with water films.

Legens et. al [96] investigated the adsorption of organic acids from

aqueous and organic phases. They measured the adsorption of acidic com-

ponents from solutions of lauric acid in toluene and benzoic acid in toluene
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onto calcite powder originally in contact with water. The experimental results

showed that benzoic acid does not adsorb onto the calcite surface ; however,

lauric acid molecules are able to displace the water molecules from calcite sur-

face and adsorb on the calcite surface. They proposed two different theories

for adsorption of lauric acid molecules. In the first theory, the oil soluble car-

boxylic molecules diffuse through the aqueous film and adsorb on the mineral

surfaces. Second theory involves a direct contact of the crude oil with mineral

surface assuming unstable water film.

Considering the first theory, if the organic acid molecules diffuse through

the water film and adsorb on the rock surface, they can change the rock wet-

tability. However, the molecules with significant adsorption on the calcite

surface have little solubility in the water, which makes this theory is unlikely.

On the other hand, the second proposed theory, which involves destabiliza-

tion of the water film, can be promoted by Van-der-Waals and electrostatic

interactions between oil-water and water-solid interfaces. At nearly neutral

pH, calcite surface is positively charged and oil-water interface is negatively

charged, which will give rise to electrostatic interaction to stabilize the water

film . Van-der-Waals attractive forces between oil and calcite plates separated

by water film can also be approximated using a parallel plate configuration.

Calculations show that water film can become unstable if the film becomes

thinner than a critical thickness [74, 107]. Destabilization of the water film

allows direct contact of the oleic phase with the rock surface and subsequent

adsorption of acidic components on the rock surface.
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Madsen et. al [97] measured the adsorption of benzoic acid dissolved

in aqueous phase and organic phase on calcite surface. They observed signifi-

cantly higher adsorption of benzoic acid onto the calcite surface from organic

phase compared to aqueous phase. These results also confirm that diffusion of

acidic components through a water layer does not result in a strongly oil-wet

surface. On the other hand, direct contact of the organic phase with rock sur-

face through destabilization of water film is more likely to happen. The results

also suggest that the water-oil-ratio can play an important role in adsorption

of fatty acids onto the mineral surfaces.

In addition to adsorption of fatty acid on rock surface, some researchers

have proposed that precipitation of asphaltene can also cause wettability change.

For example, Kumar et. al [92] extracted saturates, aromatics, resins, and as-

phaltene fractions of an oil sample and aged silica and mica surfaces with

these fractions and also the oil sample. They used the Atomic Force Mi-

croscopy (AFM) method to evaluate the adsorption of different fractions on

the rock surfaces. They concluded that the wettability of the surfaces is con-

trolled by adsorption of asphaltenic components. Unfortunately, they did not

report the acid number of different fractions and the crude oil. In contrast

to these results, Standnes et. al [139] showed a low wettability alteration in

cores aged with oils containing a high concentration of asphaltene but low acid

number. However, it should be noted that the ability of the crude oil to solve

the asphaltene is more important than the actual asphaltene concentration. In

other words, it is possible that a crude oil with high asphaltene content causes

15



less wettability change, if the crude oil acts well as a solvent for asphaltene.

It should be noted that generally a higher asphaltene content correlates with

a higher acid number.

Zhang and Austad [160] studied the effect of temperature on wettability

change of aged saturated cores. They observed that the temperature does

not have any significant effect on the extent of wettability change of chalk.

However, increasing the temperature may increase the rate of adsorption of

acidic components on the rock surface and change of wettability.

Rao et. al studied the effect of volatile components on the wettability

change of dolomite rock substrates [159]. They compared the extent of wetta-

bility change using stock tank and live crude oil and showed that the live crude

oil is more effective in change of wettability towards more oil-wet state. They

suggested using the live crude oil to achieve representative reservoir wettability

state.

In summary, adsorption of acidic components of the oil on a rock surface

appears to be the main cause of wettability alteration towards a preferential

oil-wet state in carbonate rocks. The adsorption mainly occurs by destabiliza-

tion of water layers on the rock and direct contact of the oil to the surface.

In addition to the adsorbed amount, the hydrophobic characteristics of the

adsorbate can also play an important role in the extent of wettability change

(Fig. 2.4).
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2.3 Wettability alteration by anionic surfactants

Anionic surfactants have been studied and used for enhanced oil recov-

ery in conventional reservoirs for a long time. These surfactants are able to

produce ultra- low IFT at optimum salinity conditions. In the last few years,

anionic surfactants have also been extensively tested for improved oil recovery

from oil-wet cores [20, 67, 71, 80, 137].

In these tests, the oil-wet core is placed in an imbibition cell surrounded

by a surfactant solution (Figure 2.5). The surfactant solution slowly imbibes

into the core and the produced oil is collected on the top of the imbibition cell.

The recovery curves vs. time is used to compare the performance of different

formulations and also understanding the scaling rules.

Standnes et. al used anionic surfactant to improve recovery from oil-

wet chalk cores [137]. While anionic surfactants were less effective compared to

cationic surfactants in oil recovery, they were still able to produced a fraction

of oil in the cores. Hirasaki and Zhang [80] tested brine and a dilute anionic

surfactant with alkali for recovering oil from an aged dolomite core. While

brine did not recover any oil from this core, alkali-surfactant solution recov-

ered around 45% of the oil. Adibhatla et. al used three different surfactants

(alkyl propoxylated sulfates) to recover oil from oil-wet cores [20]. While water

produced very little oil from these core, anionic surfactants produced almost

50% of the oil in 100 days (Figure 2.6).They reported that the oil was mostly

produced from top of the core when anionic surfactants were used. Figure 2.7

shows the section of the cleaved core after imbibition by an anionic surfactant
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solution for more than 100 days. To understand the reason for the difference in

the efficiency of the surfactants in oil recovery, Adibhatla et. al measured the

IFT of the surfactant solutions against the oil [20]. In addition, they treated

the oil-wet calcite plates using these different surfactants and measured the

final contact angle. They observed that highest recovery was achieved with the

surfactants which created both ultra-low IFT and highest wettability change

towards more water-wet conditions.

These studies suggest that the extent of wettability alteration is an

important factor in the oil recovery improvement. Thus, it is possible to

enhance oil recovery by varying the factors that affect the wettability change

. To achieve this goal, we first need to understand how the surfactants change

the rock wettability.

Kumar et. al used Atomic Force Microscopy test (AFM) to understand

the change of wettability of oil-wet AP mica surfaces using surfactants [92].

They observed that after treating oil-wet surfaces with anionic surfactants, the

force of adhesion was similar to the force of adhesion of the originally water-

wet surface. Although they concluded that the surfactants actually remove

the oil molecules from the rock surface, they did not explain the mechanism

for the desorption of oleic molecules.

Salehi et. al and Standnes et. al hypothesized that surfactant molecules

adsorb on the oil-wet rock surface through hydrophobic interaction with the

hydrophobic tail of the hydrocarbon layer on the rock [128, 137]. The hy-

drophobic interaction of the surfactant tail and the oil-wet surface is weak and
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reversible. The adsorption of the surfactant molecules form a mono layer of the

surfactant on the rock surface with hydrophilic head group oriented outward

of the surface and cause change of wettability towards more water-wet state

(Figure 2.8). The adsorption isotherm for adsorption of an anionic surfactant

on oil-wet surface of polyethylene core indicates a Langmuir type isotherm,

which supports the formation of surfactant mono layer on the oil-wet surface.

Since the interaction of the surfactant tail and the adsorbed oleic com-

ponents determine the wettability change, any factor which affect this interac-

tion, like salinity and surfactant structure will also affect the wettability alter-

ation. For example, to understand the effect of salinity on wettability change,

Gupta et. al [67, 71] measured the change of contact angle of oil-wet calcite

plates after treatment with surfactant solutions of different salinities. They

found that the maximum wettability change is achieved at an intermediate

salinity. They showed that the salinity for maximum wettability change coin-

cides with the optimum salinity of the oil-surfactant system(Figure 2.9). The

optimum salinity is the salinity in which the IFT between the micro-emulsion

phase and oil and water phases is at its minimum.

Gupta et. al studied the effect of surfactant structure on change of wet-

tability of oil-wet calcite plate [68]. They used various sulfate and sulfonates

surfactant molecules with different hydrocarbon tail size, EO, and PO number.

They reported that the quantity of wettability alteration toward water-wet in-

creases with an increase in EO numbers. This result can be explained by the

role of the hydrophobic tail of the surfactant on wettability change. The extent
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of wettability alteration is controlled by the strength of interactions between

the hydrophobic tail of the anionic surfactants and the oil-wet rock surface.

Thus the change of the surfactant structure can have a significant effect on

wettability change and oil recovery.

The surfactant concentration may also affect the extent of wettability

change. Gupta et al. [71] observed that the maximum wettability change at

constant solution salinity is occurs at an intermediate surfactant concentra-

tion (Figure 2.10). Adibhatla et. al [3] observed that increasing surfactant

concentration increases the initial rate of recovery, but final recovery remains

unchanged. Gupta et. al [67] also observed that higher surfactant concentra-

tion does not necessarily translate to higher recovery rate. It is important to

note that changing the surfactant concentration changes the optimum salinity

of the formulation. Hence, to understand the effect of surfactant concentra-

tion on wettability change and recovery, the solutions with higher surfactant

concentration should be used at their optimum salinity.

In summary, it is believed that anionic surfactants change the wettabil-

ity of the oil-wet surfaces by forming a surfactant mono-layer above the rock

surface. The change of wettability and IFT reduction act simultaneously to

improve recovery from oil-wet cores. Several different factors including the

surfactant structure and salinity can affect the extent of wettability change

and oil recovery. Therefore, it is possible to improve wettability change by

optimizing these parameters. In particular, with recent advances in surfactant

science for EOR purposes, new generations of surfactant can be synthesized
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to achieve maximum wettability change and oil recovery.

2.4 Numerical studies of wettability alteration

Reservoir simulation have been used to study the reservoir performance

under different scenarios for a long time. However, the commercial reservoir

simulators do not model complicated processes like surfactant flooding ac-

curately. The development and implementation of a model to handle the

wettability alteration is limited to few non-commercial reservoir simulators.

Correct modeling of the wettability alteration process is essential to applica-

tion of the process in pilot and field scale. As mentioned earlier, the presence

of the surfactants and consequent wettability alteration can significantly affect

rock/fluid properties like residual oil saturation, capillary pressure and rela-

tive permeability. Thus, the main difference between these non-commercial

simulators is the method used to capture the modification of these properties

during wettability change. The most popular of these simulators for modeling

chemical flooding processes is UTCHEM. In wettability alteration model of

UTCHEM, two extremes wetting states of strongly water-wet and strongly

oil-wet are defined for the relative permeability and capillary pressure [46].

The relative permeability in each grid block is calculated using a linear inter-

polation between relative permeability curves of the initial and final wetting

states, provided that the surfactant concentration is higher than Critical Mi-

celle Concentration (C.M.C.), i.e.
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kr = ωkfinalr + (1− ω)kinitialr (2.1)

The scaling factor,ω is defined as

ω =
Ĉsurf

Ĉsurf + Csurf
(2.2)

where Ĉsurf and Csurf are adsorbed and total surfactant concentration in each

grid block respectively. The capillary pressure is also modified to account

for change of wettability using the same linear interpolation as relative per-

meability. The capillary pressure is also modified for the oil/micro-emulsion

IFT.

Although the scaling factor is defined to depend on the adsorbed and

total surfactant concentration, a constant value is typically used to interpolate

between these properties [46]. For each study, the relative permeability curves,

capillary pressure curves and residual oil saturation curves for the two extreme

cases are altered until a good match is achieved.

Adibhatla et. al [20] developed an in-house three-dimensional reservoir

simulator to model wettability alteration process. They considered the effect of

wettability on residual saturation, relative permeability, and capillary pressure

using a simple interpolation technique between the initial and modified contact

angle. The contact angle in each grid block is a linear function of surfactant

concentration, Csurf , with given initial and final contact angles as follows:
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θ = θinitial, Csurf < C low

surf

θ = θinitial + θfinal − θinitial
Chigh
surf − C

low
surf

(Csutf − C low
surf ), C low

surf < Csurf < Chigh
surf

θ = θfinal, Csurf > Chigh
surf

(2.3)

For example, the modified capillary pressure is calculated by:

Pc = P initial
c

σcos(θ)

σinitialcos(θinitial)
(2.4)

Kalaei et. al [89] proposed a new model where the modified contact

angle depends on the surfactant concentration and its CMC. Instead of using

a linear interpolation between the initial and final contact angle, they use the

following empirical relationship to calculate the modified contact angle:

θfinal − θinitial
θ − θinitial

= 1 + (
Csurf
CMC

)0.434/dcac (2.5)

In this model, the parameter dcac represents the extent of contact angle

change as a function of surfactant concentration and is determined by history

matching the experimental data. The calculation of modified relative per-

meability, capillary pressure and residual saturation closely follows the model

proposed by Adibhatla et. al [20]. Although all these models were validated

by fitting the experimental results, they are still unknown parameters in all

three models which are used as matching parameters.
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2.5 Scaling of recovery from oil-wet cores using anionic
surfactants

The experiments mentioned earlier show that anionic surfactants can

be effective in recovery of oil from oil-wet cores. However, the recovery rate

is much slower than imbibition of water into water-wet cores. To be able to

apply this method in field scale, it is necessary to understand the up-scaling

rules for the process, i.e. how the recovery rate changes with change in matrix

properties and size. Devising the correct scaling rules requires understanding

the driving forces and the physics controlling the imbibition process. Several

different forces including the capillary and gravity might be important in this

process.

As discussed earlier, the capillary forces initially act against imbibition

of water into the rock. Addition of surfactants to the aqueous phase helps oil

recovery by either weakening or reversing the effect of capillary force. It is

well known that anionic surfactants can produce ultra-low IFT at optimum

salinity. Also several studies mentioned earlier show that anionic surfactants

can change the wettability state of strongly oil-wet plates towards more water-

wet state. Thus, capillary forces are affected by presence of the surfactants by

changing both the IFT and the contact angle.

Gravity can play an important role in driving surfactant solution into

the oil-wet matrix. Typically, the aqueous phase has higher density than the

oil in the matrix. This density difference between aqueous and oil phases can

create the driving force for imbibition process.
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To compare the importance of gravity to capillary forces, inverse Bond

number is defined as [129]:

N−1B =
σ
√
φ/k

∆ρgH
(2.6)

where, σ is the interfacial tension, k and φ are the core porosity and

permeability, ∆ρ is the density difference between the phases, H is the core

height. For N−1B > 5, the process is capillary dominated. Spontaneous imbibi-

tion has been studied since 1960s and several dimensionless numbers have been

proposed to upscale the process. The capillary driven imbibition have been

studied for more than 90 years and several dimensionless groups have been pro-

posed to scale the recovery from strongly water-wet cores [104, 106, 130, 156].

For example, Ma et. al [104] proposed the following dimensionless number:

tDPc =
σ
√
k/φ

√
µwµoL2

c

t (2.7)

In this equation, µo and µw are oil and water viscosity, respectively. Lc

is the characteristic length of the core defined as:

Lc =
HD

2
√
D2 + 2H2

(2.8)

where D is the diameter of the core.

For N−1B < 0.1, the process is gravity driven. Schechter [129] proposed

the following dimensionless number for gravity dominated process:

tDg =
λ∗∆ρg

Hφ
t (2.9)
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where λ∗ is the reference mobility for co-current gravity dominated flow.

Hagoort [73] proposed the following time scale for 1-D gravity drainage of oil

by gas:

tDg =
kkro∆ρg

(Soi − Sor)φµoH
t (2.10)

Since the IFT between the oil and aqueous phase may vary depending

on the surfactant concentration close to the interface, it is difficult to deter-

mine if the process is gravity or capillary dominated. To understand the scal-

ing rules and the physics controlling the imbibition using anionic surfactants,

Adibhatla et. al [3] performed experiments with cores of different permeabil-

ity. Figure 2.11 shows the recovery curves for two cores with peremabilities

of k = 150md and k = 7md. The recovery rate decreases with decrease in

permeability of the rock. The diamonds show the predicted recovery curve

using the gravity and capillary scaling groups. The results show that recovery

curve using the gravity scaling group fits better to the actual data. This result

implies that the recovery scales with permeability, k which is a characteristic

of a gravity dominated process. It appears that anionic surfactants reduce

the IFT to ultra low value, where the capillary force almost vanishes and the

gravity force dominates the process.

Adibhatla et. al [3] also investigated the effect of the core height on

recovery rate. Figure 5.2 shows the recovery rate for two cores of height

H = 3.7cm and H = 15cm. Note that the recovery curves are plotted in

terms of the fraction of the initial oil in place. Increase in height on the

core decreases the recovery rate. The diamonds show the predicted recovery
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curves using gravity and capillary dimensionless times. In this case, both

dimensionless groups fail to correctly scaling the recovery curve.

In addition to gravity and capillary forces, diffusion of the surfactant

molecules might also be an important factor in controlling the recovery rate.

As explained earlier, the presence of the surfactant molecules is critical in

changing the IFT and wettability state of the rock, to allow imbibition of

aqueous phase. However, wettability alteration requires adsorption of surfac-

tant molecules to the oil-wet rock surface. The adsorption of surfactants on

solid surface might cause lack of surfactant molecules close to the oil-water in-

terface. In this scenario, the diffusion of the surfactant molecules is the critical

step in imbibition process and different scaling rules compared to the capillary

and gravity dimensionless groups should be used to upscale the recovery.

2.6 Summary

In the last few years, anionic surfactants have been widely used to im-

prove recovery from oil-wet cores. Several experimental studies have helped

to achieve a better understanding of the process. However, there still many

gaps to be filled to achieve a complete picture of this phenomenon. In the

molecular level, although it is hypothesized that the surfactant molecules al-

ter the wettability by forming a surfactant mono-layer, more experiments are

required to confirm this hypothesis.

In the core scale, many experiments were performed which proved the

effectiveness of anionic surfactant solutions in oil recovery from oil-wet cores,
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even at low concentrations. However, all of the experiments were performed

in imbibition cells which only give the recovery vs. time. Other experimental

approaches should also be used to shed light on the mechanisms by which

surfactants acts. This understanding then may help to devise the appropriate

scaling rules for the process.

In the numerical simulation of the process, several different models

have been proposed to capture the effect of wettability change on recovery.

However, all these models rely on matching parameters to achieve a good fit

to recovery curves from the experiments. More theoretical and experimental

studies re needed to improve the wettability alteration models.
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(a) (b) (c)

Figure 2.1: Schematic of equilibrium contact angle for, a) strongly water-wet,
b) intermediate-wet, c)oil-wet [112].

(a) (b)

Figure 2.2: Oil-water capillary pressure curve measure on a Berea core, a)
water-wet, b) oil-wet [13].
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Figure 2.3: Interactions between crude oil/brine/rock causing wettability
change towards more oil-wet state [34].

Figure 2.4: Schematic of the process for change of wettability towards oil-wet
state by adsorption of oleic components onto the rock surface [128].
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Figure 2.5: An imbibition cell [80].
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Figure 2.6: The oil recovery curve from oil-wet cores using different surfactants
and brine reported by Adibhatla et. al [3].
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Figure 2.7: Cleaved section of the core after more than 100 days of imbibition,
which shows that upper part of the core is still saturated with oil [20].
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Figure 2.8: Schematic of the process suggested for wettability alteration by
formation of a mono-layer of anionic surfactant molecules. Circles are anionic
surfactant molecules and squares are adsorbed oleic components [128, 137].

Figure 2.9: The effect of salinity on IFT and contact angle after treatment
with surfactant solution, which show that the lowest IFT and contact angle
are achieved at similar salinities [71].
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Figure 2.10: The effect of surfactant concentration on contact angle after
treatment with surfactant solution, which shows that a minimum of contact
angle occurs at an intermediate surfactant concentration [71].
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Figure 2.11: Effect of permeability on recovery rate. The figure also shows that
the gravity scaling scales the recovery curves for permeability change well [3].
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Figure 2.12: Effect of core height on recovery rate. The figure also shows that
the gravity scaling is not successful in scaling the recovery curves for cores of
different height [3].
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Chapter 3

Review on role of spontaneous emulsification

in chemical flooding

Spontaneous emulsification is the process of emulsion formation upon

contact of two phases without providing any external mechanical energy [103,

108]. In the context of petroleum engineering, spontaneous emulsification has

been proposed as a possible enhanced oil recovery mechanism during surfac-

tant flooding [95]. In this theory, during surfactant injection, the trapped oil

globules emulsify in the aqueous phase upon contact with surfactant slug. The

oil drops emulsified in the surfactant solution may coalesce later and form an

oil bank. In particular, in oil-wet fractured reservoirs, where the oil recovery

by surfactant solution is slow, the oil drops may emulsify in the surfactant

solution present in the fracture and help improvement in oil recovery.

In this chapter, we review the experimental and analytical studies on

spontaneous emulsification process and its importance during chemical flood-

ing. We review phase behavior studies on spontaneous emulsification for non-

reactive and reactive crude oils and describe the conditions which promote

spontaneous emulsification in section 3.2. The diffusion and stranding theory

will be used to explain the occurrence of the spontaneous emulsification. As
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will be explained, the phase behavior experiments show that the spontaneous

emulsification for non-reactive oil-surfactant systems only occur at salinities

above optimum salinity. For reactive oils, the spontaneous emulsification is

observed only when interfacial turbulence and ultra-low IFT simultaneously

occur.

In section 3.4, the experiments performed to study spontaneous emulsi-

fication in pore scale are presented. The experiments show that additional oil

recovery by surfactant is possible even without achieving ultra-low IFT. The

visual observations mainly show that the swelling of the oil is the important

mechanism in this improvement in oil recovery.

The core scale experiments are presented in the next section and the

results are discussed in the light of phase behavior and pore scale studies. The

results from the old experimental results are summarized in section 3.5. Field

scale implications of the these results are also discussed and recommendations

for possible future work are provided.

3.1 Introduction

Typically, forming an emulsion from two liquids at equilibrium requires

a significant amount of energy [134]. Because of the viscous dissipation during

the process, the amount of energy supplied to the phases to form emulsion is

much higher than the energy theoretically needed to form interfaces. Further-

more, formed emulsions are unstable and will form bulk separate phases in

absence of mixing.
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However, under certain conditions, contact of two phases which are not

initially in equilibrium, may spontaneously form an emulsion. For example,

Figure 3.1 shows the emulsification of toluene drops in water when a solution

of toluene is contacted with water. This process of spontaneous emulsification

was first observed by Gad in 1878 [103] and subsequently, interested many

scientists.

Several different mechanisms have been proposed for spontaneous emul-

sification [103, 108]. The two more important of these mechanisms which are

discussed here are interfacial turbulence and diffusion and stranding. In the

first mechanism, the interfacial turbulence causes the breakup of the bulk

phase and dispersing them in the form of drops.The source of the interfa-

cial turbulence is typically the Marangoni driven instability. This mechanism

involves mechanical breakup of the interface.

In the second mechanism, called as diffusion and stranding, sponta-

neous emulsification solely involves chemical instability. In this case, spon-

taneous emulsification occurs when diffusion creates regions of local super-

saturation followed by nucleation and growth of drops. For example, Davies

and Haydon observed spontaneous emulsification in aqueous phase, when a

drop of toluene containing sufficient amount of alcohol brought into contact

with water [42]. They change several experimental variable to rule out other

mechanisms as the cause of spontaneous emulsification and demonstrate that

diffusion and stranding is the mechanism responsible for spontaneous emulsi-

fication.
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Ruschak and Miller [127] verified the role of diffusion in spontaneous

emulsification by developing the theoretical basis for this mechanism. They

solved the diffusion equation for semi-infinite phases and calculated self-similar

diffusion path for the phases. In their model, they assume that the composi-

tions of the phases close to the interface are at equilibrium, hence lie on the tie

line. They also assume that diffusion coefficients of all components are similar.

Therefore, the diffusion paths are self similar and do not change with time.

The diffusion path for a simple water-hydrocarbon-alcohol system is shown

in Figure 3.2, where the two solid segments are connected with the dashed

line representing the tie line. They argue that if one of the solid lines passes

through the two-phase region, spontaneous emulsification occurs. In the case

shown in Fig. 3.2, line cd passes through the two-phase region. Therefore, the

spontaneous emulsification occurs in aqueous phase, i.e. oil in water emulsion.

In simple words, the alcohol-hydrocarbon mixture, diffuses into the aqueous

phase. The oil molecules are stranded behind the alcohol molecules in the

aqueous phase. When the aqueous phase becomes locally supersaturated with

oil, drops of oil form in the aqueous phase and oil-in-water emulsion is created.

As will be shown in the next section, diffusion and stranding can also explain

the spontaneous emulsification in systems involve oil and anionic surfactants.

Comprehensive reviews on spontaneous emulsification and self-emulsification,

the responsible mechanisms and the applications are given elsewhere [103]. In

this chapter, we will mainly focus on spontaneous emulsification in systems

involve oil and anionic surfactants. In the next section, we describe the phase
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behavior studies performed to understand the spontaneous emulsification in

absence of any porous media.

3.2 Phase behavior studies

studying the phase behavior of oil-anionic surfactant systems is essential

to understanding the role of spontaneous emulsification in core and field scale.

Typically, in phase behavior studies involving surfactant solutions, the late-

time equilibrium behavior is of main interest. However, as mentioned earlier,

spontaneous emulsification is a non-equilibrium process, which happens upon

contact of the two phases. Therefore, studying the phase behavior of this

process requires experimental setups different than those used to study the

equilibrium phase behavior.

In this section, we first describe the macroscopic and microscopic ex-

perimental techniques used to study the phase behavior in spontaneous emul-

sification. Next, the phase behavior studies regarding the spontaneous emul-

sification in non-reactive oils and anionic surfactant solutions are presented.

Then, the phase behavior studies related to reactive oils and anionic surfac-

tant solutions are presented. The reactive oil show a complicated interfacial

behavior when contacted with alkali/surfactant solutions.

3.2.1 Experimental techniques

The experimental techniques to study is spontaneous emulsification are

categorized as Macroscopic and Microscopic techniques. In macroscopic tech-
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nique, test tubes are used to contact the bulk phases [25]. Typically, the tube

is half filled with the aqueous phase. The oleic phase is gently added in the

tube to minimize the convection. The evolution of the interface and formation

of the emulsion is visually observed. This technique is also called test tube

experiments.

There are several microscopic techniques to study spontaneous emul-

sification. The two more important of the microscopic techniques are semi-

infinite contacting techniques and droplet contacting technique. In semi-infinite

contacting techniques, spontaneous emulsification is studied using rectangular

capillary slides (Figure 3.3). The (200µm) gap capillary slide provided best re-

sults in both sample preparation stage and during observations [25, 120]. The

capillary is sealed on one end and is filled with the aqueous and oleic phases

similar to the macroscopic experiments. The other end is then sealed to avoid

any vaporization. The changes in the interface and the formation of droplets in

the phases are observed using a microscope. In some of the experiments, due

to limitation in microscope the capillary slide is shifted to horizontal position.

This shift causes the aqueous phase to under-ride the lower density hydrocar-

bon phase and formation of an S-shaped interface. Therefore, convection will

be inevitable in horizontal setup.

In droplet contacting technique, rectangular capillary slides (200µm)

are filled with one phase. A drop of the other phase is injected into the slide

by using a gas-tight syringe. The change in the droplet shape and possible

formation of the emulsion is observed by using the microscope. Figure 3.4
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shows the schematic of the droplet contacting setup [122, 134].

3.2.2 Spontaneous emulsification in Non-reactive oil/ anionic surfactant
systems

Benton et. al [25] studied spontaneous emulsification in non-reactive

oil/anionic surfactant systems using several alkyl-aryl sulfonates with brine.

The oil phase was either model oil or crude oil. They used both macroscopic

techniques and semi-infinite contacting technique (horizontal setup) to study

the spontaneous emulsification. They change the salinity of the aqueous phase

among the experiments and study the dynamic and equilibrium behavior.

In the test tube experiments, with increasing salinity, they observe

a typical transition from oil-in-water micro-emulsion to water-in-oil micro-

emulsion at equilibrium. Dynamic observations showed formation of a translu-

cent region near the interface at high salinities due to spontaneous emulsifi-

cation. The experiments in all different fluid systems showed similar general

behavior; as salinity was raised above optimal salinity, spontaneous emulsifi-

cation began.

Similar behavior was observed in microscopic semi-infinite contact-

ing experiments (horizontal setup). At lower salinities, a continuous micro-

emulsion phase existed between the oil and aqueous phase. At high salinities,

spontaneous emulsification occurred in the oil phase upon initial contact.

Raney et al. [119] studied similar systems using the semi-infinite con-

tacting technique with vertical setup to avoid any convection. They used two
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different fluid systems in their studies. In both systems, at low salinities below

three-phase region, an intermediate phase formed at the interface in the form

of the oil-in-water micro-emulsion. The plot of position of the phase bound-

aries vs.
√
t, showed a linear relationship(Figure 3.5).In this plot, t is the

elapsed time from the start of the contact. The observed linear relationship

was in line with predictions from the diffusion path theory [127].

In the three-phase region, for salinities below optimal salinity, both sys-

tems generally showed the same behavior as observed in lower salinities(Figure 3.6).

The main difference compared to type I region was the increased velocity of

the oil-intermediate phase interface position, which indicates that the inter-

mediate phase contains significant amount of oil. At approximately optimum

salinity, the spontaneous emulsification of brine drops in the oil phase started

and increased with increase in the salinity. This phenomenon can also be

explained by diffusion and stranding theory.

In the salinity range between optimum salinity and type II system,

a sudden increase in spontaneous formation of brine drops emulsions in oil

phase was observed. The interface position changed linearly with
√
t, showing

swelling of oil phase and insignificant convection.

The authors used the diffusion path theory to explain these experimen-

tal observations. A pseudo-ternary system was used to represent the phase

behavior in these systems. At low salinities, the diffusion path predicts the

formation of an intermediate micro-emulsion phase and a moving dispersion

front where liquid crystals dissolve (Figure 3.7).
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The predicted diffusion path at salinities close to optimum salinity

shown in Figure 3.8 predicts the formation of two intermediate phases, a

brine phase and a micro-emulsion phase. Increase in salinity causes increased

surfactant concentration in excess oil phase. This will cause the corner of

brine-oil two-phase region exposed to crossing by diffusion path and increase

in spontaneous emulsification.

For high salinities, the diffusion path predicts formation of two inter-

faces: one between the liquid crystals and brine and the other between the

brine and water-in-oil micro-emulsion. Also, spontaneous emulsification is

predicted near the oil-vertex where the diffusion path passes through the two-

phase region as shown in Figure 3.9. Furthermore, the swelling of the oil phase

is predicted in this system.

Although, the actual phase behavior of these systems is very compli-

cated, diffusion path theory along with a pseudo ternary phase diagram is

successful in explaining the occurrence of different intermediate phases and

spontaneous emulsification.

In summary, phase behavior studies in non-reactive oil systems show

that one or more intermediate phases form depending on the salinity of the

system upon contact of oil with surfactant solution. In absence of any con-

vection and interfacial instability, the fronts move linearly with
√
t. It is very

important to note that spontaneous emulsification is observed at salinities

above optimal salinity, where water droplets are emulsified in oil phase. Dif-

fusion path theory can successfully predict the general behavior of the system
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at early times. Finally, accurate phase behavior description is essential for

accurate prediction of non-equilibrium phase behavior close to the interface.

3.2.3 Spontaneous emulsification in reactive oil- alkali/anionic surfactant
systems

The hydrocarbon phases in the previous section were non-reactive oils.

However, in many cases, the reservoir oils are reactive. i.e. contain acidic

components. The presence of these acidic components becomes important

especially when the aqueous phase contains alkali. Alkali/surfactant flooding

has long been studied and used as an enhanced oil recovery method [86].

Reactive oils can produce in-situ surfactants upon contact with alkali and

subsequently cause instabilities/emulsification at the interface.

Rudin et. al [126] studied interfacial behavior of oils containing organic

acids upon contact with alkali/surfactant solutions using visual techniques.

They observed formation of pentagonal roll cells upon contact of the acidic

crude oil and aqueous phase. The formed convective cells as shown in Fig-

ure 3.10 are typical of the roll cells formed by interfacial tension gradients

(Marangoni instability). The uneven formation of surfactant along the inter-

face due to reaction of the alkali and the acidic components in the oil creates

lateral variation in the interfacial tension, which in turn promotes turbulent

flow[121]. They observed that interfacial turbulence occurs in all systems,

where the aqueous phase contains alkali, even in absence of surfactant.

At early times after the contact, they also observed the spontaneous
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formation of emulsions. Occurrence and extent of spontaneous emulsification

depended on the IFT and reaction rate. Although the interfacial turbulence

was observed in whole PH range studied, spontaneous emulsification by in-

terfacial turbulence did not happen for the whole PH range. They observed

that spontaneous emulsification only occurs in system where aqueous phase

contains surfactants. They explained that addition of surfactant causes lower

transient IFT, which promotes more interfacial turbulence. They concluded

that interfacial turbulence and low IFT are two requirements for spontaneous

emulsification in alkali-acidic oil systems.

Although addition of surfactant promotes spontaneous emulsification,

it has a side effect: increases in the roll cell formation time. Presence of

the surfactants increases the mass transfer interfacial resistance and possi-

bly, interfacial viscosity. Thomas et. al [148] showed that the addition of

surfactant completely eliminated the interfacial turbulence in their systems

and relate that to increases interfacial viscosity. Sterling and Scriven [142]

also mention the role of surfactants in suppressing the interfacial turbulence.

The low amount of surfactant (0.1%) used in Rudin et. al’s [126] study just

slowed down the development of interfacial turbulence, but higher concentra-

tions may completely eliminate the interfacial turbulence and the subsequent

spontaneous emulsification.

In another study, Rudin et. al [125] investigated the effect of added

surfactant on IFT and spontaneous emulsification in acidic oil/alkali system.

The results were consistent with the observations mentioned earlier. They ob-
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served that the extent of emulsification correlates well with transient interfacial

tension for different levels of sodium ions and PH, i.e. more emulsification is

observed at conditions where lower transient IFTs occur. They also confirmed

that addition of surfactant increases the interfacial mass transfer resistance

and reduces the rate of acid ionization.

Raney et. al [121] studied the transient behavior of alkali/reactive oil

systems using semi-infinite contacting setup. They also observed Marangoni

promoted turbulent flow and subsequent spontaneous emulsification at early

times. They also observed spontaneous emulsification of oil-in-water promoted

by diffusion and stranding. In fact, the in-situ surfactant produced by reaction

of acidic components and alkali in the oil phase, diffuses into the aqueous phase

where it has higher solubility. The oil molecules diffusing with the surfactant

nucleate in the water and form oil-in-water emulsion.

In summary, Marangoni instability was typically observed upon contact

of the reactive oil with alkali at early times. However, spontaneous emulsifica-

tion by interfacial turbulence was only observed when low transient interfacial

tensions are also occurring in the system. Addition of surfactants may help

to achieve low IFT and spontaneous emulsification although it might also

cause increase in interfacial resistance and dampen the Maranogni instabil-

ity. Thus, depending on the concentration of surfactant in the aqueous phase,

Marangoni instability and spontaneous emulsification promoted by interfacial

turbulence may completely be eliminated. Spontaneous emulsification also

occurred by the diffusion and stranding mechanism, in which the in-situ pro-
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duced surfactant diffuses into the aqueous phase and creates emulsified drops

of oil in water. This form of emulsification may also be affected by presence

of surfactants.

3.3 Spontaneous emulsification in pore scale flooding
experiments

It is possible that spontaneous emulsification affects oil recovery from

chemical flooding. Several researchers have proposed spontaneous emulsifica-

tion as an important mechanism to improve recovery during chemical flood-

ing [86, 95]. Few pore-scale and core-scale experiments were performed to

evaluate the importance of this mechanism during surfactant flooding.

Childress [38] used a micro-visual cell to study the spontaneous emul-

sification in pore scale. He investigated the spontaneous emulsification of a

surfactant solution with the residual hydrocarbon phase after water flood. The

cell was filled with cryloite grains of 0.0042−0.0049in diameter. The thickness

of the flow area was a few grains. Cryloite has a refractive index very close

to water; Thus the refraction of light by cryolite in the presence of water is

minimized. The surfactant solution was a mixture of 3% Petrosae TRS 10-80

and 1% NaCl in water. Three different hydrocarbon phases were used: Hep-

tane, Toluene, and Hexadecane. The measured IFT between the surfactant

solution and the hydrocarbon is given in Table 3.1. Only Toluene produced

spontaneous emulsification with the surfactant solution.

Injection of surfactant solution to the residual Heptane after water
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Table 3.1: Surfactant solution- hydrocarbon phase IFT values

Hydrocarbon phase IFT(mN/m)

Heptane 0.0017
Toluene 0.262
Hexadecane 0.270

flooding mobilized the trapped oil droplet and formed an oil bank. Surfactant

solution efficiently displaced residual Heptane although the injection rate dur-

ing surfactant flooding was much smaller (2,650 times) than injection rate

during water flooding.

The surfactant solution was not able to displace the Hexadecane solu-

tion since the IFT was high. However, quite different behavior was observed

for displacement of residual Toluene although the IFT between the aqueous

phase and Toluene was very close to the IFT between aqueous phase and

Hexadecane.

Upon arrival of the surfactant solution to the trapped Toluene globules,

a dark and milky emulsion was created and promulgated with particles with

very small diameter (less than a micron). The ganglia spread and achieved a

new equilibrium position. The contact of surfactant with toluene ganglia ini-

tiated great surface activity and the boundaries of the spread ganglia became

indistinct from the emulsion around it (Figure 3.11). The observed emulsion

was radically different from the observed emulsion in heptane displacement.

The viscosity was higher, the light transmissibility was less and the compo-

sition complexity was much greater. Viscous fingering of surfactant solution
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through the emulsion was observed. With mobilization of residual toluene gan-

glia, a zone of locally high toluene saturation was formed which was capable

of joining with other similar zones and forming an oil bank.

Unfortunately, no phase behavior studies were performed to determine

the optimum salinity. However, the observations in pore scale experiments

can be explained by the results from phase behavior studies assuming that the

salinity of the aqueous phase is above optimum salinity for Toluene-surfactant

system. In salinities beyond optimum salinity, intermediate phases form be-

tween the oil and aqueous phase which makes the interface indistinct. Also,

the swelling of the oil phase occurs at these salinities which is consistent with

observed spreading of the oil ganglia. Since the formed emulsion is water-in-oil,

it is viscous and allows for viscous fingering.

In light of the results presented by Raney et. al [119], it seems that

the swelling is the mechanism responsible for improved oil recovery in Toluene

system. The other proposed theory in which spontaneous emulsifications plays

an important role in oil mobilization is not likely to happen. In that theory,

the oil ganglia spontaneously emulsifies in the aqueous phase and becomes

mobilized. The mobilized droplets will coalesce later and form an oil bank.

However, as reported by Benton et. al [25] and Raney et. al [119], only water-

in-oil emulsions forms in surfactant-oil-water systems with the surfactant in

the aqueous phase. On the other hand, the observations in this study suggest

that the swelling and spreading of the ganglia helps coalescence of disconnected

globules and forming an oil bank. It should be noted that swelling of the oil
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ganglia can only play an important role at salinities beyond optimum salinity

where surfactant preferentially partitions into oil phase. However, this salinity

range is unfavorable in surfactant flooding because of high retention and loss

of surfactant.

Lam et. al [94] also performed a micro-visual study to evaluate the

role of spontaneous emulsification for mobilizing a trapped oil globule. The

micro-visual cell was similar to the system used by Childress [38]. The authors

used water, n-propanol, and cyclohexane as the fluid system. After forming

the residual oil globule at the ”suitable pore”, the ”flooding solution” was

injected to displace the globule. The injected fluid velocity was increased until

the globule or a portion of the globule was mobilized and the critical capillary

number was then calculated. The critical capillary number was measured for

both equilibrium and non-equilibrium flooding solutions as a function of the

n-propanol concentration in the flooding solution. As Figure 3.12 shows, the

trapped oil globule is more easily mobilized at non-equilibrium conditions, i.e.

non-equilibrium effects help mobilization of the trapped oil globule.

The authors consider two main non-equilibrium mechanisms respon-

sible for the observed phase behavior: Swelling enhanced by Marangoni in-

stability and spontaneous emulsification. To investigate the first mechanism,

they calculated the critical concentration gradient required to initiate interfa-

cial driven instability. Using mean dispersion coefficient for this media, they

showed that large concentration gradients can develop at high velocities in the

vicinity of oil drop. At non-equilibrium conditions, this concentration gradient
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may be high enough to promote interfacial turbulence and swelling of the oil

globule. However, at equilibrium conditions, there is no mass transfer between

the oil globule and flooding solution and no swelling can occur. Therefore, the

oil globule is more easily mobilized at non-equilibrium conditions.

The second proposed mechanism is spontaneous emulsification. Al-

though spontaneous emulsification was observed in test tube experiments for

all different flooding solutions, spontaneous emulsification was not considered

as an important factor in mobilization of the trapped oil globule . They argued

that spontaneous emulsification becomes more significant as alcohol concen-

trations in the injected fluid increases. However, as it is apparent in Fig. 3.12,

the difference between the equilibrium and non-equilibrium capillary num-

bers vanishes with increasing alcohol concentration. In addition, in this fluid

system, spontaneous emulsification of water-in-oil globule was observed, not

oil-in-water emulsion. Thus, this study suggests that swelling enhanced by

Marangoni instability can be an important mechanism in mobilization of the

trapped oil in pore scale.

Ariolla et. al [16] studied the mobilization of a trapped oil droplet

through a constriction using different chemical slugs. The hydrocarbon phases

used were Nonane and Octane. Two different mechanisms contributed to mo-

bilization of the oil, IFT reduction and emulsification. While IFT reduction

played an important role in all case, emulsification was only observed in cases

where surfactant solution was a micro-emulsion slug. In those cases, upon con-

tact of the micro-emulsion slug with the oil droplet, the rear interface of the
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oil drop ruptured accompanied by strong interfacial turbulence. Roll cells ap-

peared inside the drop which brought more hydrocarbon to the rear interface

and emulsification occured. The drop passed through the constriction simul-

taneously with micro-emulsion. The drop snapped off into two or three large

drops. Typically, this behavior was observed after the drop was mobilized by

IFT reduction.

As mentioned, the second mechanism was only observed when the

surfactant was a micro-emulsion slug and hence, in equilibrium with the hy-

drocarbon phase. Thus, spontaneous emulsification was unlikely to occur. On

the other hand, since the IFT between the micro-emulsion and hydrocarbon

phase was very low, the emulsification might had been caused by shear as

suggested by the authors. Thus, the second mechanism was actually shear

promoted emulsification, not spontaneous emulsification.

In summary, pore scale experiments have shown that spontaneous emul-

sification of oil droplets in a surfactant slug does not play an important role in

mobilization of the trapped oil. Rather, the swelling of the oil droplets seems

to be more important in mobilizing the trapped oil. However, swelling of the

oil droplets by the surfactant solution happens at the same salinities (above

optimum salinity) as spontaneous emulsification occurs. Thus, distinguishing

between these mechanisms is difficult when visual evidence is not available.
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3.4 Spontaneous emulsification in core scale flooding
experiments

In addition to pore scale experiments, some core flood experiments

were also performed to evaluate the role of the spontaneous emulsification in

improvement of oil recovery after water flooding. The most interesting work

among these efforts are the core-flood experiments performed by Cash et.

al [35] They used the same fluid system used by Childress [38] in the visual

cell experiments.

As mentioned in the previous section, the surfactant solution had a very

low IFT with Heptane. The highest recovery from cores was also achieved for

Heptane. While Toluene and Hexadecane had similar IFT against the aque-

ous phase, spontaneous emulsification was only observed with Toluene. The

recovery for Toluene was much higher compared to Hexadecane. The authors

related this enhancement in recovery to the spontaneous emulsification. How-

ever, as mentioned in the previous section, the main mechanism helping in

mobilization of the trapped oil and forming oil bank in the case of Toluene

is swelling of the oil globules. Thus, summarizing the results form pore scale

and core-scale for this fluid system suggests that swelling of the trapped oil

globule can help mobilization of the residual oil.

Egbobah et. al [54] performed similar experiments in quartz packed

columns. The lowest recovery from chemical slug injection was achieved from

the systems having neither ultra-low IFT nor spontaneous emulsification. The

recovery from the systems which exhibited either ultra-low interfacial tension
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or spontaneous emulsification was close.

Although both these studies argued that spontaneous emulsification

was an important factor in incremental recovery at high IFT, they neglect the

role of swelling of the trapped oil globule. In addition, the micro-visual studies

performed by Childress revealed that spontaneous emulsification of oil drops

in aqueous phase does not happen. On the other hand, the swelling of the oil

globules can help in mobilization and recovery of trapped oil.

The experimental results discussed in this section and the previous sec-

tion are all related to non-reactive oil systems. However, as mentioned in

the phase behavior studies, it is possible to create oil-in-water emulsion by

adding alkali to the injected aqueous phase solution. Hirasaki [81] argued that

if the size of the emulsified phase drops are small, then it might be trans-

ported throughout the porous media and improve the recovery. However, if

coalescence of the emulsified drops created larger drops, it might increase the

emulsion viscosity. This would in turn result in fluid bypass, large pressure

gradients or even plugging of the porous media.

3.5 Summary

In this chapter, the role of spontaneous emulsification in enhanced oil

recovery by chemical flooding is reviewed. In non-reactive oil systems, theory

and experiments show that spontaneous emulsification of water drops in oil

phase occurs at salinities above optimum salinity in oil-surfactant systems.

Other phenomenon observed at these salinities is swelling of the oil phase.
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Although core scale studies claimed that spontaneous emulsification

helps in recovery of the residual oil, the pore scale studies showed that the

swelling is the major mechanism at these systems. Actually, since sponta-

neous emulsification and swelling occurred at same conditions, distinguishing

between these mechanisms at core scale was impossible. However, as phase

behavior and pore-scale studies suggested, spontaneous emulsification plays

an insignificant role in enhanced oil recovery. On the other hand, swelling can

help in mobilization of the trapped oil globules in pore-scale and core scale in

suitable conditions.

In conventional surfactant flooding, typically the surfactant is injected

at optimum salinity where the IFT is ultra-low. Thus, mobilization of the

residual by IFT reduction is significantly more important compared to swelling/

spontaneous emulsification. Furthermore, even in the regions of the reservoir,

where salinities beyond optimum salinity is achieved, the role of swelling in

recovery improvement is negligible. This is because swelling and spontaneous

emulsification are highly non-equilibrium phenomena. Swelling and sponta-

neous emulsification occur only when the concentration gradient near the in-

terface is very sharp. Because of low flow rate and high dispersion in field scale,

such sharp changes in surfactant concentration do not occur in the vicinity of

the oil drop and therefore, these mechanisms are not effective in field scale.

However, in the core scale, these mechanisms might be more important since

achievement of sharp concentration gradients is possible. Therefore, the mass

transfer caused by non-equilibrium phenomena may promote the mobilization
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of residual oil and yield optimistic oil recovery efficiencies in core scale exper-

iments. Therefore, it is crucial to consider the non-equilibrium effects in core

scale experiments to avoid misinterpretation of the results.

In reactive oil systems, phase behavior studies show that spontaneous

emulsification can occur in presence of the alkali in the aqueous phase. In this

case, oil-in-water emulsion can form which can coalesce with other mobilized

droplet and form an oil bank. On the other hand, it is also possible that

emulsification causes plugging of the porous media and high pressure gradients,

which are typically not favorable.

Although this review mainly shows that the spontaneous emulsification

is typically an un-important mechanism in improvement of oil recovery, the

spontaneous emulsification might play a role in some special cases. For ex-

ample, in fractured reservoirs with reactive oil, injection of alkali/surfactant

solutions might cause forming oil-in-water emulsion. In particular, in oil-wet

fractured reservoirs, where the recovery is very slow, the spontaneous emulsi-

fication can be an important mechanism, at least at early times.

To understand the possible role of spontaneous emulsification in these

reservoirs, performing new experiments are necessary. Unfortunately, the pore-

scale and core-scale experiments studying spontaneous emulsification in 1970s

and 1980s suffer from poor characterization of fluid systems and understand-

ing the role of salinity in phase behavior. Hence, it is necessary to perform

phase behavior studies using macroscopic and microscopic techniques to study

spontaneous emulsification. In pore scale, spontaneous emulsification can be

59



studies using micro-models with better visualization techniques available to-

day. Furthermore, core-scale experiments with fractured cores can help to

understand the possible role of spontaneous emulsification in core and field

scale in fractured systems.
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Figure 3.1: Spontaneous emulsification of toluene drops in water [134].
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Figure 3.2: Diffusion path in simple ternary systems [134], which shows that
the spontaneous emulsification of oil in water phase occurs.
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Figure 3.3: Schematic of the vertical rectangular capillary slide [26] used for
phase behavior studies related to spontaneous emulsification.
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Figure 3.4: Schematic of droplet contacting setup. The rectangular capillary
slide is filled with one phase and a drop of the other phase is injected into the
slide by syringe. The change in the droplet shape and possible formation of
the emulsion is observed by using the microscope [134].
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(a)

(b)

Figure 3.5: a) Schematic of diffusion phenomena at low salinity, b) position of
interface vs.

√
(time), which shows a linear behavior [119].
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Figure 3.6: Position of interfaces vs.
√

(time) at optimal salinity [119].
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Figure 3.7: Diffusion path in low-salinity system, which shows that no spon-
taneous emulsification is expected [26].
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Figure 3.8: Diffusion path near optimal salinity, which shows the occurrence
of spontaneous emulsification near the oil corner [26].
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Figure 3.9: Diffusion path for high salinity, which shows the occurrence of
spontaneous emulsification near the oil corner [26].
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Figure 3.10: Convective roll cells formed upon contact of alkali/surfactant
solution with acidic oil [126].
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Figure 3.11: Spreading of the toluene globule upon contact with surfactant
solution [38]
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Figure 3.12: Critical capillary number to mobilize the trapped oil droplet
vs. alcohol concentration in the aqueous phase [94]. The figure shows that
the critical capillary number for mobilizing trapped oil at non-equilibrium
conditions is smaller or equal to the critical capillary number at equilibrium
conditions.
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Chapter 4

Imbibition of anionic surfactants into oil-wet

capillary tubes

The displacement of oil by anionic surfactant solutions in oil-wet hor-

izontal capillary tubes is studied. The position of the oil-water interface is

recorded with time. The surfactant solution used is a mixture of several differ-

ent surfactants and co-solvents tailored to produce ultra-low interfacial tension

(IFT) for the specific oil used in the study. The surfactant solution results in

ultra-low IFT at optimum salinity and room temperature. Several experi-

mental parameters including the capillary tube radius and surfactant solution

viscosity are varied to study their effect on the interface speed.

Two different models are used to predict the oil-water interface position

with time. In the first model, it is assumed that the IFT is constant and

ultra-low throughout the experiments. The second model involves change of

wettability and IFT by adsorption of surfactant molecules to the oil-water

interface and the solid surface. Comparing the predictions to the experimental

results, it is observed that the second model provides a better match, especially

for smaller capillary tubes. The model ia then used to predict the imbibition

rate for very small capillary tubes, which have equivalent permeability close
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to oil reservoirs. The results show that the oil displacement rate is limited by

the rate of diffusion of surfactants to the interface.
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Nomenclature

CMC Critical Micelle Concentration (mol.m−3)
Dmon Surfactant monomer diffusion coefficient (m2.s−1)
Dmic Surfactant micelle diffusion coefficient (m2.s−1)
K Adsorption parameter of monomers at oil-water interface (m3.mol−1)
k Permeability (mD)
L Capillary tube length (m)
Pc Capillary pressure (Pa)
Pd Hydrostatic displacing pressure (Pa)
R Universal gas constant (J.K−1.mol−1)
T temperature (K)
U Interface speed (m.s−1)
X Interface position (m)
cmon Surfactant monomer concentration (mol.m−3)
cmic Surfactant micelle concentration (mol.m−3)
cbulk Total surfactant concentration (mol.m−3)
h hydrostatic head (m)
km Micelle dissociation constant (m3.s−1.mol−1)
r Capillary tube radius (m)
t Time (s)
Greek Letters
Γm Monolayer capacity of the interface (mol.m−2)
Ω Transfer function between the micelles and monomers
α Mass transfer resistance coefficient (m.s−1)
µ Viscosity (Pa.s)
ρ Density (kg.m−3)
σ Interfacial tension (N.m−1)
θ Contact angle

Superscripts
i Initial value

Subscripts
o Oil phase
w Aqueous phase
ow Oil-aqueous phase interface
sw Solid-aqueous phase interface
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4.1 Introduction

A significant portion of world’s oil production is from carbonate reser-

voirs; many of these reservoirs are fractured and mixed-wet/oil-wet [124].

Water-flooding in these reservoirs is not effective in these reservoirs since the

matrix does not imbibe the water [3, 17]. Gravity drainage by gas injection

methods are slow and less effective compared to water-wet systems[111]. In

the last few years, surfactant injection has been proposed to improve recov-

ery from these fractured oil-wet reservoirs. Several core-scale experiments have

shown that surfactant solution can imbibe into the oil-wet matrix and displace

the oil [3, 17, 69, 71, 80, 131, 137, 140].

In particular, anionic surfactants have shown a significant potential for

improved oil recovery purposes. In the last few years, the surfactant technology

for chemical EOR has significantly improved [3, 60, 69, 79, 99]. New generations

of surfactants and co-solvents are being synthesized and used to improve the

performance of the surfactant flooding [4, 60, 102]. For every particular oil, it

is possible to tailor a specific formulation containing several surfactants and

co-solvents to achieve ultra-low IFT at reservoir conditions with low adsorp-

tion of the surfactant. To be able to apply this method in field scale and

upscale the recovery rate, it is necessary to understand the physics control-

ling the imbibition of surfactants into the oil-wet porous media. The physics

of imbibition into the porous media is conceptually similar to imbibition into

oil-wet capillary tubes.

Transport of liquids in capillary tube has been studied for decades. Lu-
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cas and Washburn [156] were the first scientists who laid the foundation for

theoretical study of capillary movement. Later, many scientists studied the

process in hydrophilic capillaries and derived different analytical and theoret-

ical solutions for the process [62, 105].

However, to understand the physics of imbibition in oil-wet rocks, it is

more relevant to study the liquid movement in hydrophobic capillaries. In con-

trast to hydrophilic capillaries, the water does not imbibe into the hydropho-

bic capillary tubes since it is the less wetting phase. Interestingly, addition of

surfactant to the water causes imbibition of the aqueous phase into the hy-

drophobic capillaries. For example, Churaev et al.[40] measured the height of

surfactants solution vs. time in vertical hydrophobic capillary tubes. As Fig-

ure 4.1 shows, the imbibition of surfactant solution into hydrophobic capillary

tubes is significantly slower than imbibition of water into hydrophilic capil-

lary tubes. At concentrations below CMC (critical micelle concentration), the

imbibition is slow and the rise height is proportional to
√
t. At higher con-

centrations, the imbibition is initially fast and suddenly gets slower later on.

Zhmud et al.[150] studied the effect of different parameters including capillary

tube radius and observed faster imbibition in larger hydrophobic capillaries.

They also present a model to explain some of their observations.

The experimental results presented above correspond to air-surfactant

solution systems. Little work has been performed to understand how the

surfactant solution displaces oil in hydrophobic capillary systems. These sys-

tems are more representative of surfactant imbibition in oil-wet fractured sys-
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tems and thus, more constructive for understanding the controlling physics

of such systems. Kumar et al. [92] performed vertical parallel plate experi-

ments in which surfactant solutions were used to displace the oil between the

plates. They studied the effect of surfactant formulation and salinity on the

displacement rate and observe fastest rise with anionic surfactant solutions

that produce ultra-low IFT.

In this study, to better understand the oil recovery from oil-wet frac-

tured reservoirs, displacement experiments of oil by anionic surfactant solution

in horizontal oil-wet capillary tubes are performed. In these experiments, dif-

ferent variables including capillary tube radius, surfactant solution salinity and

viscosity are varied to understand the key controlling properties. Two differ-

ent models are then proposed to explain the observed behavior and compare

the models’ prediction to the experimental results. Next, the model is used to

better understand the parameters controlling the time scale of the process and

upscaling rules for the process in core and field scale. Finally, the conclusion

is presented.

4.2 System Definition

Before presenting the experimental method and results, it is helpful to

schematically present the system under study. Here, first the used system and

system variables are defined, and then the relevant physics and equations for

flow in a capillary tube are delineated.

Figure 4.2(a) shows a schematic of the experimental setup used in this
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study. The flow takes place in a capillary tube of length L and radius r. The

inlet of the capillary tube is defined to be at a position of z = 0, and the

outlet as z = L. The capillary is initially filled with oil. At the start of the

experiment, the capillary inlet is connected to a surfactant solution tank with

a constant head, hw. Likewise, the outlet of the capillary tube is connected

to an oil-tank with a smaller constant head, ho. The surfactant solution may

invade into the capillary tube and displace the oil. We assume that there is

a clear interface between the surfactant solution and oil at all times, which is

represented by z = X(t) in Figure 4.2(b).

The position of the meniscus at each time step, X(t+ ∆t) is calculated

using the velocity of the meniscus U(t) and its position at the previous time

step X(t):

X(t+ ∆t) = X(t) + U∆t, (4.1)

The balance of the forces determine the meniscus velocity at each time,

t. The nature of the process suggests that capillary and viscous forces play an

important role in the process. In addition, in the experimental setup shown

in Figure 4.2(a) , the displacement force, Pd , caused by hydrostatic pressure

of the surfactant solution and oil tanks is an important driving force and is

given by:

Pd = ρwghw − ρogho (4.2)

where ρw is the density of aqueous phase, ρo is the density of oil phase and

hw and ho are the aqueous phase and oil phase tank head as shown in Figure
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4.2(a). Other forces such as non-equilibrium surface forces are not considered

here. Here, it is assumed that:

1. The problem is 1-D because of very small radius of capillary compared

to capillary height.

2. There are only two phases present in the system: aqueous phase and

hydrocarbon phase. In other words, it is assumed that no middle phase

(micro-emulsion phase) is formed.

3. Hagen-Poiseuille equation satisfactorily describes the relation between

the pressure difference across the tube and the velocity of the fluid.

4. Inertia is neglected.

The equation of motion for the system shown at time t, then is given

by:

U
8

r2
(µwX(t) + µo(L−X(t))) = Pd +

2σowcos(θ)

r
, (4.3)

In this equation, µw and µo are the viscosity of aqueous and oil phase,

Pd is the external displacement pressure, σow is the oil-water interfacial tension

and θ is the contact angle at the three-phase contact line. The left hand side

of equation is viscous pressure drop across the tube, while the right hand

includes the hydrostatic displacing pressure and the capillary pressure term.

Importantly, the presence of surfactant in the aqueous phase can cause change

in the capillary pressure term with time and position. This dependence will
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be elaborated more in modeling section. Equation 4.3 can be written in the

following form to solve for the velocity, U :

U =
r2

8

Pd +
2σowcos(θ)

r
(µwX(t) + µo(L−X(t)))

(4.4)

The position of the interface as a function of time will depend on the in-

teraction of the capillary, gravity, and viscous forces inside the capillary tube.

Therefore, measurement of the meniscus position vs. time with changing ex-

perimental parameters is helpful in understanding the nature of this interaction

and the importance of involved forces. The measurements of this position as

a function of tube radius, inlet hydrostatic head, surfactant solution viscosity

and salinity are described in the following sections.

4.3 Experiments

The capillaries used in the experiments are precision bore borosilicate

glass capillaries from VitroCom; radii 0.05, 0.1, and 0.2 mm. The length of

the capillary tubes used is 10cm. The viscosity and the density of the oil are

21 cp and 0.87 g/cc, respectively. The oil used in this study is a reactive crude

oil with high acid content (Acid Number= 2.4 mg KOH/g oil). Our core scale

experiments show that the oil used in this study can change the wettability of

the carbonate rock towards more oil-wet conditions. In this study, instead of

using silanes to prepare hydrophilic capillary tubes[92, 150], tubes were loaded

with the crude oil and aged for more than 2 days. This method replicates

the wettability in the reservoir conditions and represents the actual chemistry
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involved in surfactant flooding in oil-wet reservoirs more realistically.

The surfactant solution contains three different surfactants and a co-

solvent, specifically tailored for this particular crude oil to achieve ultra-low

IFT[60]. The IFT of these formulations against oil is sensitive to the salinity of

the surfactant solution [93]. Phase behavior studies are performed to estimate

the change of IFT with the salinity of the surfactant solution. In these studies,

the solubilization of oil or water in the micro-emulsion phase is measured

using test tubes and the IFT is calculated using the Chun-Huh equation[83].

For example, for the specific formulation and oil used in this study, the IFT

changes from 0.3 mN/m to 0.0004 mN/m by changing the NaCl concentration

in the solution from 1% to 4.5%. In this study, the surfactant solution at

4.5% NaCl concentration was primarily used to achieve ultra-low IFT. In a

few experiments, to understand the effect of salinity, a surfactant solution at

1% NaCl concentration is used.

After preparing the oil-wet capillary tubes, they are carefully placed in

the setup. As mentioned earlier, the outlet is connected to the oil-tank. The

surfactant solution is added to the tank connected to the capillary tube inlet

to start the experiment.

A Canon-EOS rebel T3i with a macro lens is used to capture the pic-

tures and monitor the position of the interface. Remote shooting software is

used to take the pictures with proper time intervals. ImageJ software is used

to analyze the images and record the position of the interface.
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4.4 Modeling

The interface position can be predicted by solving Eqs. 4.1 and 4.4 .

All terms in Eq. 4.4 are known at each time step except σcos(θ) which is de-

pendent on the local surfactant concentration. To calculate the surfactant con-

centration near the interface, the convection-diffusion equation for surfactant

transport needs to be solved considering the adsorption of surfactant to the

capillary tube walls. In addition, a mathematical form relating the surfactant

concentration and the capillary pressure at the interface is needed. The re-

quired equations will be elaborated in the next few paragraphs.

However, before discussing the more complicated solution, it is helpful

to investigate the limiting case of σ = 0. This is a plausible assumption

provided that the interface is saturated with surfactant molecules at optimum

salinity, as confirmed by phase behavior experiments. Eq. 4.4 then simplifies

to:

U =
r2

8

Pd
µwX(t) + µo(L−X(t))

(4.5)

Since only viscous forces act against imbibition of surfactant solution

into the capillary tube, this model is referred as viscous dominated model.

Using equation 4.5, the velocity and position of the interface can be easily

solved at each time step using numerical schemes. The results are shown in

section 4.5.

Returning to Eq. 4.4, the capillary pressure term must be calculated to

be able to predict interface position. As mentioned earlier, the capillary pres-
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sure depends on the surfactant concentration near the interface. Surfactant

molecules in forms of both monomers and micelles are transported towards the

interface by convection and diffusion. Surfactant monomers then will adsorb

at the liquid-vapor interface and the adjacent solid surface. At the same time,

the micelles dissociate to compensate for the monomers adsorbed to the solid

surface. Adsorption of monomer molecules to the oil-water interface and the

solid surface will change the IFT and contact angle and will provide the capil-

lary force for displacement of oil. Consequently, the interface moves according

to the balance of forces. The same process will repeat at the new position

of the interface until it reaches the end of capillary tube or the equilibrium

position. Thus, the proposed mechanism includes three key steps: Convection

and diffusion of surfactant molecules towards the interface; adsorption of the

surfactant molecules of the oil-water interface and solid surface; and movement

of meniscus[75, 150].

Among the steps described above, the convection-diffusion and the mi-

celle dissociation processes are relatively well understood. However, the change

of IFT and contact angle (wettability alteration) and its relation to the amount

of surfactant available near the meniscus is not well known. In this study, the

current proposed models in the literature are used as a starting point to quan-

titatively study the wettability alteration process[75, 150]. Using the model

presented by Hammond and Unsal [75], the equation of motion is given by:

8(µwX(t) + µo(L−X(t)))U

r2
= Pd+

2

r
σiowcos(θ

i)+
2

r
[RT

α

U
Γmow

Kcmon(X, t)

1 +K.cmon(X, t)
]

(4.6)
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Similar to Eq. 4.4, The left hand side term is the viscous pressure

drop across the capillary tube. The first term on the right hand side is the

hydrostatic displacing pressure. The second and third term on right hand

side describe the capillary pressure in terms of local surfactant concentration.

The second term represents the original capillary pressure. σiow and θi are

the original IFT and contact angle in absence of any surfactant. The last

term quantifies the change in capillary force due to adsorption of monomers

at the oil-water interface and solid surface. In this equation, cmon(X, t) is

the monomer concentration near the interface and α is the resistance of mass

transfer between the interface and solid surface. Other parameters in the

capillary pressure term are universal gas constant, R, temperature, T , oil-

water interface monolayer capacity, Γmow and relative rate of adsorption and

desorption of monomers from oil-water interface K.

If the monomer concentration near the interface, cmon(X, t), is known,

Eq. 4.6 can be solved along with Eq. 4.1 to give the meniscus position at

each time step. In surfactant flooding experiments including this work, the

surfactant concentration is significantly higher than the CMC. Therefore, it

is necessary to include the effect of micelles on monomer concentration near

the meniscus. This is the major modification made to the model presented by

Hammond and Unsal[75]. In our model, the convection-diffusion equation is

solved for both micelle concentration cmic(X, t) and monomer concentration

cmon(X, t):

∂cmon
∂t

= Dmon
∂2cmon
∂z2

− U ∂cmon
∂t

+ Ω(z, t) (4.7)
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∂cmic
∂t

= Dmic
∂2cmic
∂z2

− U ∂cmic
∂t
− Ω(z, t) (4.8)

The transfer function between micelle and monomer concentrations,(Ω(z, t)),

is given by:

Ω(z, t) = [CMC − cmon(z, t)][kmcmic(z, t)− k1cmon(z, t)] (4.9)

In this equation, km and k1 are the micelle to monomer dissociation

and monomer to micelle association parameters. For monomer convection-

diffusion equation, the initial condition and the boundary conditions are given

by:

cmon(z, 0) = CMC (4.10)

cmon(0, t) = CMC (4.11)

−πr2Dmon
∂cmon(X, t)

∂t
= 2πrUΓws(X, t) (4.12)

Eq. 4.12 states that the surfactant brought to the water-oil interface

by diffusion is adsorbed to the solid surface.In this equation, Γws(X, t) is the

amount of surfactant adsorbed at the solid surface at three-phase contact line

and is a function of monomer concentration close to the oil-water interface.

For the micelles, the initial and boundary conditions are:

cmic(z, 0) = cbulk − CMC (4.13)

cmic(0, t) = cbulk − CMC (4.14)

∂cmic(X, t)

∂t
= 0 (4.15)
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Eq. 4.15 states that the flux of the micelles at the interface is zero.

cbulk is the total surfactant concentration in the aqueous phase tank.

These equations will complete the system of equations to solve the

problem. The problem is then transformed to a fixed-domain size. The domain

is divided into 100 grids. MATLAB odesolver is used to time-step the problem

and solve the system of equations. At each time-step, Eq. 4.6 is solved for

U using the monomer concentration from previous time-step. The meniscus

position is the updated using Eq. 4.1 . Eqs. 4.7 and 4.8 are also solved for

monomer and micelle concentration using the new meniscus velocity. We refer

to this model as varying-IFT model.

Table 4.1 gives the simulation parameters used in this study. Most of

the parameters including the density and viscosity of the phases are accurately

known. However, the parameters describing the interaction of the surfactant

molecules, the oil-water interface and solid surface, e.g. α and K, are not

measured for the specific formulation used here. The values listed for such

parameters are similar to the measured values reported in the literature [75,

151, 161, 162].

4.5 Results

Before performing experiments with surfactant solutions, to ensure the

oil-wet nature of the capillary tubes, the displacement of oil with de-ionized

water was studied. For small displacing pressures (water heads), the capil-

lary force opposes the external displacement pressure and no imbibition was
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Table 4.1: Simulation parameters

Parameter Value

Dmon(Monomer diffusion coefficient) 3e-10 m2.s−1

Dmic(Micelle diffusion coefficient) 3e-11 m2.s−1

µo(Oil viscosity) 21e-3 Pa.s
µw(Aqueous phase viscosity) 1e-3 Pa.s
ρo(Oil density) 870 kg.m-3
ρw(Aqueous phase density) 1000 kg.m-3
K 1.3e4 m3.mol−1

α 1e−4 m.s−1

km(Micelle dissociation constant) 1e5 m3.s−1.mol−1

R(Universal gas constant) 8.314 J.K−1.mol−1

T (Temperature) 300 K
Γmws 2e-6 mol.m−2

Γmow 2e-6 mol.m−2

σiow(Initial interfacial tension) 25e-3 N.m−1

cos(θi)(Initial contact angle) -0.35

observed. By increasing the displacing pressure, water was able to enter the

capillary tube. These results show that the capillary tubes are oil-wet and a

threshold capillary pressure of Pc = −175Pa was calculated for r = 0.1mm

capillary tube.

The results presented in this section show the general trends in dis-

placement of oil in capillary tubes by surfactant solutions. A number of sys-

tem parameters including external aqueous phase column head, capillary tube

radius, surfactant solution viscosity and salinity are varied to provide a broad

coverage of the problem. In addition to experimental results, the predicted

interface position using the viscous dominated model and varying-IFT model

is also presented and compared to the measurements. The addition of sur-
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factants to the water alters the IFT and the wettability of the capillary tube

and allows imbibition. Figure 4.3(a) shows the measured interface position of

surfactant solution at optimum salinity for capillary tube radius r = 0.1mm

for varying displacing pressures, Pd.

Compared to imbibition by water, the surfactant solution can displace

the oil even at small Pd and the surfactant solution interface is significantly

(around 100 times) faster than water interface(if happens) for the same driv-

ing force. In addition, the fluid-fluid interface is not as sharp as water imbi-

bition and is hard to distinguish. Specially, for the larger capillaries, another

interesting phenomenon is observed, especially for larger displacing pressures:

fingering of the surfactant solutions. For example, Figures 4.4(a)- 4.4(b) shows

the images of the capillary tubes r = 0.1mm for Pd = 150Pa and Pd = 450Pa.

In these images, the surfactant flow from right to left and the arrow marks

the interface. It can be seen, while the capillary walls are cleaned during

the imbibition for Pd = 150Pa, the capillary walls are coated with oil for

Pd = 450Pa. There are still layers of oil on the capillary tube walls, when

the interface arrives to the end of the capillary tube. These oil residuals are

later displaced and a very clean capillary is achieved. For smaller hydrostatic

displacing pressures and smaller capillary tubes, this phenomena is not seen.

There are a few points to emphasize on Fig. 4.3(a) : First, increasing

the hydrostatic displacing pressure, which increases the driving force, clearly

increases the displacement speed. Second, the rise speed increases with time.

The reason for this behavior is that the viscosity of the surfactant solution is
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significantly less than oil. Therefore, as more surfactant solution imbibes into

the capillary, the viscous term in the denominator of Eq. 4.4 decreases. This

causes an increase in rise speed and is more significant for larger displacement

pressure.

Figure 4.3(b) shows the predicted interface position using viscous dom-

inated model. The results agree well with observed experimental results for

Pd = 450Pa and Pd = 250Pa. However, for the smallest hydrostatic displacing

pressure,Pd = 150Pa, the match is poor. This suggests that viscous forces are

dominating the process for large displacing pressure. Figure 4.3(c) shows sim-

ilar predictions using varying-IFT model. Compared to the viscous dominated

model, this model provides good match for both small and large hydrostatic

displacing pressure.

Figures 4.5(a)- 4.5(c) show the similar results for a smaller capillary

tube with radius r = 0.05mm for varying hydrostatic displacing pressure. For

the same displacing pressure, the rise speed is slower for smaller capillary tube

radius. It is also interesting to note that the acceleration of interface is less

significant for the smallest displacing pressure, Pd = 250Pa. In this case,

the predictions by viscous dominated model are poor. Using the varying-

IFT model, the predictions agree well with the experimental measurements as

demonstrated in Figure 4.5(c).

Figure 4.6(a) shows the effect of viscosity on the rise speed for capil-

lary tube radius r = 0.1mm and hydrostatic displacing pressure Pd = 450Pa.

By increasing the viscosity of the displacing fluid, the opposing viscous forces
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increase, which makes the displacement slower. The predictions by both vis-

cous dominated model and varying-IFT model agree well with experimental

results. Interestingly, for lower displacing pressure, Pd = 150Pa, increasing

the viscosity does not change the displacement speed (see Fig. 4.7(a)). The

varying-IFT model predicts the interface position better than the viscous dom-

inated model in this case. Figure 4.8(a) shows the effect of surfactant solution

salinity on the rise speed. It shows that the interface speed is higher for opti-

mum salinity conditions. As mentioned before, the IFT has the lowest value

at optimum salinity, while at low salinity the IFT is higher (σ = 0.3mN/m).

Thus, the capillary force can play a more important role as an opposing force

and hinder the imbibition. The interface is sharp and easy to distinguish for

lower salinity. Figure 4.8(b) shows the predictions of interface position using

viscous dominated model. For the case of low salinity surfactant solution, a

constant negative capillary pressure corresponding to σ.cos(θ) = −0.3mN
m

is

used. %subfiglabelskip=0pt

4.6 Discussion

In this section, two main questions are attempted to answer: First,

what is the physics controlling the oil displacement in oil-wet capillary tubes,

and second, what are the implications of these results to porous media? To an-

swer these questions, it is constructive to review some of the results presented

in the previous section.

Comparison of the predictions by the models to the experimental results
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show that the viscous dominated model provides a fair to poor match with

the data. In particular, the predictions are worse for smaller capillary tubes

with smaller displacing pressure. In contrast, the varying-IFT model generally

provides a good match for all range of the parameters studied here, especially

in experiments with small capillary tubes and displacing pressure.

These results suggest that the IFT is not close to zero during the dis-

placement even though the surfactant solution is at optimum salinity. Since

the varying-IFT model provides better predictions, the model is used here to

estimate the the capillary forces (σcos(θ)) at the interface with time. Figures

4.9(a)- 4.9(b) shows σcos(θ) and the overall driving pressure drop (Pd − Pc)

versus time for the case of r = 0.05mm. The two different driving heads were

used that correspond to the interface position versus time in Fig. 4.5(a). The

horizontal dashed line in Figure 4.9(a) corresponds to the original value of

σcos(θ).

In terms of σcos(θ) shown in Fig. 4.9(a), the values are less than zero

as the contact angle is measured through the water phase, and the tubes

are initially oil-wet. For the smallest head, σcos(θ) starts near zero for the

first 300 seconds, but as the interface moves into the tube, the magnitude of

the interfacial forces abruptly increases between 300 and 500 seconds. This

increase is due to the loss of surfactant at the interface. This can be seen in

Fig. 4.9(b). From this point on, the interface can only move at a speed where

the diffusion of the surfactant is enough to not permit any further increase in

capillary force. In terms of the position of the interface versus time, this is
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observed in Fig. 4.5(a) and 4.5(c) where the velocity of the interface starts to

decelerate at around t = 400s.

To better understand the change in speed, Figures 4.10(a) and 4.10(b)

shows the monomer and micelle concentration near the interface. For the

smaller head, the monomer concentration is close to the CMC until t = 300s

. In this period, the concentration of micelles is significantly higher than the

CMC and their dissociation keeps the monomer concentration close to the

CMC. Later on, the micelle concentration decreases due to adsorption and

spreading; consequently, the micelles are not able to compensate for the ad-

sorption of the monomers. Thus, an abrupt change in monomer concentration

and consequently, in interface movement is observed.

For the higher displacing pressure cases, the same overall behavior is

seen with some minor differences. First, the overall displacement finishes be-

fore the end of the figure due to the higher driving forces. Second, the capillary

forces increase at a much higher rate as the velocity of the front tends to outrun

the surfactant. Third, the overall driving head is greater than the maximum

capillary resistance, so even when the capillary forces are maximized there is

still flow into the column. This is significantly different from the imbibition

with lower hydrostatic head, where supply of the surfactant is crucial to the

movement of the interface.

Surfactant monomers are supplied to the interface in two ways: first,

diffusion of monomer molecules, and second, diffusion of micelles and their

dissociation to monomers. The dissociation of the micelles to monomers is
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much faster than the diffusion of the micelles in the process studied here.

Thus, the replenishment of the interface is mainly controlled by diffusion of

monomers and micelles. Figure 4.11 show the effect of increase in micelle

and monomer diffusivity on interface position vs. time for the capillary tube

r = 0.05mm with Pd = 250Pa. The decrease in monomer diffusivity by one

order of magnitude increases the recovery time by only 50%. However, the

same decrease in micelle diffusivity has a more pronounced effect on imbibition

rate and increases the recovery time by a factor of 4. This shows that the

limiting step is the diffusion of the micelles to the interface have a bigger role

in the than the diffusion of the micelles. This is as expected as the micelle

diffusion rate starts at a much lower value than the monomer diffusion rate.

This understanding matches with other experimental observations. For

example, in Figure 4.5(a) for smaller hydrostatic displacing pressure, increas-

ing IFT at the interface causes the flow to decelerate even though the less

viscous water is filling the tube; the flow accelerates at the higher displac-

ing pressures. Another interesting observation is the effect of viscosity on the

interface movement. For example, Figures 4.7(a) shows that increasing the vis-

cosity of the surfactant solution does not affect the invasion rate in r = 0.1mm

capillary tube for small displacing pressure, while it significantly reduces the

invasion rate for larger displacing pressure(Fig. 4.6(a)). These observations

also show that the capillary forces are playing an important role in the process

and the assumption of σ = 0 is not valid, particularly for smaller capillaries.

One of the advantages of the simulation is we can extend it to capillaries
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that are smaller than those that can be easily measured. Figures 4.12(a)-

4.12(c) shows the interface position for three different small capillaries with

radii 0.4, 1.25 and 4 µm with corresponding equivalent permeability of keq =

2.5, 25 and 250mD, respectively. For the largest capillary tube, r = 4µm

increasing the hydrostatic displacing pressure from 100Pa to 3000Pa decrease

the recovery time from 11 days to 4 days. The effect of hydrostatic head on

the interface speed is less significant for r = 1.25µm and vanishes for the

smallest capillary tube, r = 0.4µm. As the capillary tubes get smaller, the

opposing capillary force gets larger compared to the hydrostatic driving force

as illustrated in Fig. 4.9(b). The interface speed is then controlled by the rate

of transport of the surfactant molecules to the interface to alter the opposing

capillary forces.

As shown earlier, the diffusion of the micelles significantly affects the

interface movement speed. To emphasize the role of diffusion in the process,

the interface position can be calculated using a simple diffusion limited model.

Assuming strong depletion near the interface, the surfactant brought to the

oil-water interface will be adsorbed on the solid surface [150]. The simulations

show that the concentration of the surfactant gets small in a zone very close to

the interface. The diffusion length near the interface is approximately Ldiff ≈
√
Dmict, thus the concentration gradient is proportional to cbulk

Ldiff
≈ cbulk√

Dmict
.

The amount of surfactant transported to the interface by diffusion in the time

interval dt is πr2Dmic
cbulk√
Dmict

dt. In the time interval dt, the interface moves by

dX. The amount of surfactant adsorbed to the capillary wall is the dependent
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on the area imbibed (2πrdX) and the monolayer capacity of the capillary tube

surface(Γmws). Thus, the amount of the surfactant adsorbed on the capillary

tube wall is approximately 2πrΓmwsdX. The mass balance of the surfactant at

the interface requires:

2πrΓmwsdX ≈ πr2Dmic
cbulk√
Dmict

dt (4.16)

Integrating both sides and simplifying the resulting equation leads to the fol-

lowing relationship:

X(t) = β
rcbulk
2Γmws

√
Dmict (4.17)

Since the concentration gradient near the interface might be slightly

different for different capillary radii, the matching parameters β is used to

compensate for this difference. The dashed lines in Fig. 4.12 show the cal-

culated interface position based on this diffusion limited model. The match

parameter β was varied in a narrow range of 0.82-2.05 to achieve the match

with simulation results.

The experimental and modeling results presented so far imply that the

imbibition of surfactant solution into oil-wet capillary tubes is a diffusion lim-

ited process. Extending these results to the porous medium suggests that

the recovery of oil from oil-wet matrix would also be limited by the rate of

diffusion of surfactant molecules to the interface. Thus capillary or gravity

dimensionless times may not be appropriate for scaling the recovery rate from

this process. However, before generalizing the results presented to core scale
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and field scale, it is very important to recognize the limitations of these ex-

periments and models to represents the porous medium. First, the mineralogy

of the porous medium plays a very important role in the interaction of the

surfactant and oil with rock surface. Many of the fractured oil-wet reservoirs

are carbonates, while the capillary tubes used here are borosilicate capillaries.

Second, the presence of the brine in any surfactant flooding process has a huge

effect on the process performance, which has been completely neglected here.

Third, the model presented here, which includes many different sub-processes,

still is a very simplistic model in describing the physics of the interface and

the interactions at the three-phase contact line. There are many more com-

plications in the petroleum reservoirs that cannot be considered in the simple

system studied here. Even with all these shortcomings, these experiments and

models provide some great insights into the process. Most importantly, the

assumption of ultra-low IFT at the oil-water interface, which is the basis of

the proposed scaling groups and simulation models, does not seem to be valid.

To further validate these results and apply them to the field scale projects,

experiments using cores must be performed. It should be emphasized that in

any experiments including the surfactant solutions with wettability alteration,

the role of mineralogy and brine composition should be accurately honored.

4.7 Conclusion

In this chapter, the experimental results on displacement of oil by

surfactant solution in oil-wet horizontal capillary tubes were presented. Several
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parameters including the capillary tube size and surfactant solution properties

were varied and the interface position vs. time was recorded. Two different

models were proposed to explain the observed behavior.

It is observed that for larger capillary tubes with larger head, the

viscous dominated model which assumes ultra-low IFT at the interface pro-

vides good match to the experimental results. However, for smaller capillary

tubes, this model predicts faster imbibition than seen in the experiments. The

varying-IFT model, which involves adsorption of surfactants to the capillary

walls and the oil-water interface, predicts the interface position more accu-

rately in these cases. Plotting the capillary pressure at the interface shows

that the imbibition rate is controlled by diffusion of surfactant molecules to

the interface, especially as the capillary tube radius decreases. In addition,

the experimental results which show little effect of viscosity on imbibition rate

also support this hypothesis. Using the varying-IFT model to predict the oil

displacement rate into the oil-wet porous medium, it is found out that the

surfactant diffusivity is the controlling parameter in the oil recovery.

Extending the model to understand the flow in porous media, the model

predicts that the recovery scales with capillary tube radius, r. As mentioned

in the discussion section, there are numerous differences between the physics

and the chemistry of the process in the capillary tubes used here and the

petroleum reservoirs. More core-scale experiments are still needed to generalize

the results here to the field scale projects.
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Figure 4.1: Comparison of capillary rise of a non-ionic surfactant solution
in a hydrophobic capillary; r = 0.1mm and silicon fluid 0.93 in hydrophillic
capillary; r = 0.1mm [62, 150].
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(a)

(b)

Figure 4.2: a) Schematic of the experimental setup and b) schematic of the
capillary tube imbibed by the surfactant solution.
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(a) (b)

(c)

Figure 4.3: Effect of hydrostatic displacing pressure on displacement speed of
oil by surfactant solution at optimum salinity and r = 0.1mm, a) measure-
ment, b) prediction by viscous dominated model, c) prediction by varying-IFT
model.
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(a)

(b)

Figure 4.4: Image of the interface in capillary tube for r = 0.1mm; a) clear
interface (Pd = 150Pa), b) fingering (Pd = 450Pa).
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(a) (b)

(c)

Figure 4.5: Effect of hydrostatic displacing pressure on displacement speed
of oil by surfactant solution at optimum salinity and r = 0.05mm, a)
measurement, b) prediction by viscous dominated model, c) prediction by
varying-IFT model.
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(a) (b)

(c)

Figure 4.6: Effect of viscosity on displacement speed of oil by surfactant solu-
tion at optimum salinity and r = 0.1mm and Pd = 450Pa, a) measurement, b)
prediction by viscous dominated model, c) prediction by varying-IFT model.
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(a) (b)

(c)

Figure 4.7: Effect of viscosity on displacement speed of oil by surfactant solu-
tion at optimum salinity and r = 0.1mm and Pd = 150Pa, a) measurement, b)
prediction by viscous dominated model, c) prediction by varying-IFT model.
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(a)

(b)

Figure 4.8: Effect of salinity on displacement speed of oil by surfactant solution
in vertical hydrophobic capillaries and r = 0.05mm and Pd = 450Pa, a)
measurement, b) prediction by viscous dominated model.
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(a)

(b)

Figure 4.9: The model calculated values of a)σcos(θ) at the interface, b) overall
driving pressure vs. time for a capillary tube with r = 0.05mm.
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(a)

(b)

Figure 4.10: The change of a) monomer concentration b) micelle concentration
near the interface, r=0.05mm.
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(a)

(b)

Figure 4.11: The effect a) monomer diffusivity, b) micelle diffusivity on inter-
face speed.
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(a) (b)

(c)

Figure 4.12: Simulation of imbibition rate in smaller capillaries with varying
water head; a) r = 4µm, b) r = 1.25µm, c) r = 0.4µm.
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Chapter 5

Visualization and analysis of surfactant

imbibition in oil-wet fractured cores

Imbibition of surfactant solution into the oil-wet matrix in fractured

reservoirs is a complicated process which involves gravity, capillary, viscous,

and diffusive forces. The standard experiments for testing imbibition of surfactant

solution involves an imbibition cell, where the core is placed in the surfactant

solution and the recovery is measured versus time. Although these experi-

ments prove the effectiveness of surfactants, little insight into the physics of

the problem is achieved.

In this study, we perform water and surfactant flooding into the oil-wet

fractured cores and monitor the imbibition of the surfactant solution into the

core at different times. Using the CT images, the average penetration depth

and the water saturation versus height is calculated. While a water flood

only displaces oil from the fracture, the surfactant solution imbibes into the

matrix. The surfactant imbibition is frontal from both the bottom and the

sides of the core. The imbibition from the side decreases with height with

lowest saturation observed close to the top of the core. Experiments with

cores of different sizes show that increase in either the height or the diameter
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of the core causes decrease in imbibition and oil recovery rate. We also perform

numerical simulations to model the observed imbibition.

Based on the experimental measurements and numerical simulation re-

sults, we propose a new scaling group that includes both the diameter and the

height of the core. We show that the new scaling groups scales the recovery

curves better than the traditional scaling group.

5.1 Introduction

Around 60% of the world’s oil reserves lie in carbonate reservoirs [5].

Many of these carbonate reservoirs are fractured. Thus, fractured carbonate

reservoirs play a major role in the future’s energy supply. Examples of huge

fractured carbonate reservoirs include the West Texas Carbonates and the

North Sea Chalks [63]. If the fractured reservoir is water-wet, water injection

not only displaces the oil in the fractures, but also can recover the oil in

the matrix by counter-current capillary driven flow. This process has been

studied for decades and the relevant physics and the recovery scaling rules are

well understood [100, 104, 106, 117, 130, 147, 156].

Unfortunately, many of the fractured carbonate reservoirs are either

mixed-wet or oil-wet [124, 152]. In oil-wet fractured reservoirs, the capillary

forces oppose imbibition of water into the matrix. Therefore, water flooding

only displaces oil in the fractures, which is a small fraction of the oil in the

reservoirs resulting in poor recovery. For improvement in oil recovery from

oil-wet fractured reservoirs, several EOR techniques including steam injection,
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low-salinity brine injection and surfactant injection have been proposed [6].

For surfactant injection, anionic surfactants have shown a great potential to

produce oil from oil-wet cores. For example, Hirasaki and Zhang [80] tested

brine and a dilute alkali/anionic surfactant solution to recover oil from an aged

dolomite core in an imbibition cell. While brine did not recover any oil from

the oil-wet core, alkali/surfactant solution recovered around 45% of the oil.

The effectiveness of anionic surfactants for oil recovery from oil-wet carbonate

cores was confirmed in several other imbibition cell experiments [3, 20, 67, 70].

To be able to predict the effectiveness of this method in field scale,

the lab results must be scaled correctly. Developing the scaling rules involves

understanding the physics of imbibition. In strongly water-wet fractured sys-

tems, it is well known that the capillary forces causes imbibition of water into

the water-wet matrix. However, during the imbibition of surfactant solution

into the oil-wet cores, the controlling physics appears to be more complicated

since surfactants can act through several different mechanisms [95]. These

mechanisms include but not limited to IFT reductions, wettability alteration,

and swelling of the oil.

Reduction of oil-water interfacial tension is the primary effect of the

presence of surfactants. At favorable conditions, the anionic surfactants can

reduce the interfacial tensions to ultra-low values, where the capillary forces

become very weak. In such conditions, the density difference between the

oil and aqueous phase can push the surfactant solution in to the matrix and

produce oil. Some visual observations from imbibition cell experiments, e.g.
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production of oil from top of the core and high saturation of oil near the top

of the core support this hypothesis [20, 137].

The surfactant molecules can also change the wettability of the oil-

wet cores by adsorption to the rock and formation a surfactant mono-layer

on the solid surface [128, 137]. This in turn alters the wettability towards

more water-wet states, where the capillary force favors imbibition of aqueous

phase. However, when the oil-water interfacial tension is low because of the

presence of the surfactants, the role of capillary force in oil recovery becomes

less important. Surfactants may also help improvement in oil recovery through

other mechanisms like swelling and emulsification, especially at early times.

However, they are generally less important compared to gravity and capillary

forces [95].

Most of the experiments performed to study the imbibition of surfac-

tants into the oil-wet cores have used imbibition cells [3, 17, 80, 137]. In these

experiments, only the amount of oil recovered vs. time is measured. Thus, the

only method to understand the underlying physics is changing the experimen-

tal variables like core and fluid properties. For example, Adibhatla et. al [3]

performed experiments with cores of different sizes and permeability and com-

pared the results to the predictions from gravity dominated processes. In a

gravity dominated process, the following dimensionless time has been proposed

by Hagoort [73] to upscale the oil recovery:
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tD =
kk∗ro∆ρg

(Soi − Sor)φµoH
t (5.1)

In this equation, k is the absolute permeability, k∗ro is the end point

relative permeability of oil, ∆ρ is the density difference between the phases,

Soi is the initial oil saturation, Sor is the residual oil saturation, φ is the core

porosity, µo is the oil viscosity and H is the core height. It is worth noting

that this scaling group is based on the one-dimensional flow assumption for

gas-oil gravity drainage.

To see how the gravity scaling group works, Figure 5.1 shows the effect

of permeability on recovery rate in imbibition cell experiments. In this figure,

the triangles show the recovery from a core with permeability k = 150md

and the circles show the recovery from a core with same dimensions, but

a lower permeability of k = 7md. The empty diamonds show the scaled

recovery curve of lower permeability curve to higher permeability using gravity

scaling. The recovery rate is slower for cores with lower permeability and the

recovery scales with permeability which is consistent with predictions from

gravity dimensionless time.

Figure 5.2 shows the effect of core height on oil recovery. Increasing

the core height decreases the recovery rate (% OOIP). In this case, the gravity

dimensionless time does not scale the recovery well. Thus, these results may

suggest that the current scaling group needs modification for surfactant imbi-

bition process. Understand the correct scaling rules may requires performing
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many imbibition cell experiments with changing several experimental variables

in a wide range.

An alternative approach is using experimental techniques to measure

the in-situ imbibition, e.g. CT scanning techniques. CT scanning has been

widely used to study the flow in porous media. Examples include imbibi-

tion of water into water-wet core, CO2 injection and measurement of relative

permeability [24, 50, 123].

CT scanning has also been used to understand the flow of surfactant

solution into the cores. For example, Chen et. al [37] studied the imbibition

of brine and dilute surfactant solutions into the cores in imbibition cells. They

report the average oil saturation at each height at three time intervals of 1,8

and 30 days. Although the agreement between the measured oil recovery and

CT measured average oil saturation is reasonably good, the saturation profiles

suffer from significant attenuations caused by issues related to re-positioning

of the core. In addition the cores used in this study were not strongly oil-wet

since brine was also able to recover a significant amount of oil.

In this study, we perform water and surfactant flooding in oil-wet frac-

tured cores and use CT scanner to monitor the aqueous phase saturation

throughout the core at different time. One of the main advantages of this

experimental setup over imbibition cells is the ability to study the effect of

viscous forces and the fracture size on imbibition rate. The setup is kept in

the CT scanning machine for the whole period of experiments (at least 14

days) to avoid the issues related to repositioning of the core. During the im-
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bibition process, we measure the aqueous phase saturation and front position

vs. time in addition to recovery data.

We perform numerical simulation of the imbibition process and compare

the simulation results to the experimental results. We delineate the imbibition

from the bottom and the sides of the core, from which we find that the relative

permeability plays an important role in the imbibition structure. Based on

the experimental and simulation results, we propose a new scaling group for

imbibition of surfactant solution into the oil-wet matrix.

5.2 Experimental method

5.2.1 Materials

The cores used in the experiments are Estailedes limestone. The av-

erage permeability and porosity of the cores used are approximately 250 mD

and 25% respectively. The dimensions of the cores in different experiments

are shown in Table 5.1.

The oil used in the experiments is a crude oil from West Texas diluted

with cyclohexane. The oil viscosity is 20 cP at 22 ◦C. The acid number of

the oil is 2.4 mgKOH/g oil. Several studies have shown that oil with high

acid number can change the wettability of the carbonate towards more oil-wet

states [139]. The oil/water IFT is 27 dynes/cm. The density of the oil at

22 ◦C is 0.87 g/ml. The brine used in the experiments is a synthetic reservoir

brine (SRB) with the composition given in Table 5.2.

The surfactant formulation used in this study is a blend of several
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Table 5.1: Dimension of the core used in the tests
Test number Diameter(cm) Height(cm)

Test 1 5.08 14
Test 2 5.08 14
Test 3 5.08 26
Test 4 2.54 14
Test 5 2.54 28

surfactants and a co-solvent in synthetic reservoir brine specifically tailored

for the crude oil used in this study. The surfactants used are 0.33% dodecyl

benzene sulfonate, 0.34 wt% TDA-13PO-sulfate and 0.33 wt% of C24-25PO-

18EO carboxylate. The co-solvent used is TEGBE (Triethylene glycol butyl

ether) with a concentration of 1wt%. To ensure proper phase behavior of

the surfactant formulation, pipette experiments were performed in which the

solubilization ratios for the surfactant were measured [60]. Figure 5.3 shows

the solubilization ratios measured for aqueous phase and oil with changing

NaCl concentration. The blue curve shows the water solubilization ratio and

the red curve shows the oil solubilization ratio. The salinity in which the two

curves cross is the optimum salinity of 55000 ppm, where the IFT is ultra

low. The IFT can be estimated using the Chun-Huh equation [83] and is

approximately 0.002mN/m.

In the experiments performed, to increase the CT contrast between the

aqueous phase and oil, the NaCl was partially replaced by NaI. Since the

molecular weight of the NaI is approximately 2.5 times of NaCl, to keep the

molar concentration of ions constant, each 1 gr of NaCl in the aqueous phase
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Table 5.2: Synthetic Reservoir Brine(SRB) Composition

Ionic species concentration(ppm)

Ca2+ 271
Mg2+ 241
Cl− 5787
SO2−

4 87
Na+ 3026
TDS 9412

is replaced by 2.5 gr of NaI.

5.2.2 Experimental method

To prepare fractured cores, the cores are cleaved vertically and the core

halves are put together using tape and epoxy glue. The reformed core is then

epoxy molded. The fracture width is around 1mm (keq = 105md); thus the

fracture acts as a high permeability channel. The epoxy molded core is then

placed in the vertical CT setup. The core is then vacuumed for at least 2 hours.

The inlet of the core is then attached to an oil tank. Since the core is vacuumed,

the oil imbibes into the core and saturates the fracture and the matrix. The

oil saturated core is left intact for at least two days to ensure oil-wet nature

of the rock. The oil tank is weighed before and after saturation process. The

difference between the two numbers is used to calculate the average porosity

of the fractured core. At the end of this step, the oil saturated core is scanned.

Note that the oil saturation at the end of this step is 100%. The core is then

water flooded with synthetic reservoir brine at room temperature at a flow rate

of 0.9 ml/min(9.25 ft/day) until water cut reaches 99%. During the water
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flood, the core is scanned several times to monitor the possible imbibition of

water into the core.

After the water flood, the surfactant injection is started at an injection

rate of 0.01 ml/min. This injection rate corresponds to fluid velocity of ap-

proximately 1.44 ft/day in fracture and 0.10ft/day for the whole core. The

core is scanned several times during the surfactant injection. The surfactant

injection is performed for at least 14 days.

5.2.3 Analysis of the results

The CT scanner measures the density of the material in the scanner on

a voxel base. The density is reported as the CT number. The porosity of each

voxel and slice can be given by:

φvoxel =
CTOC − CTDC
CTO − CTA

(5.2)

In this equation, CTDC and CTOC are CT numbers for dry core and oil satu-

rated core, respectively; CTO, is the CT number for bulk oil phase and CTA is

the CT number for air. The average porosity of each slice, φ̄(z), is calculated

by averaging the porosity of all voxels in the slice.

The saturation of aqueous phase in each voxel at each time can be

calculated using:

Svoxelw =
CTSC − CTOC

φvoxel(CTW − CTO)
(5.3)

In this equation, CTSC is the CT number for core during surfactant

flooding; CTW is the CT number for bulk surfactant solution. Table 5.3 shows
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Table 5.3: CT number of the bulk phases

Phase CT number

Air -1000
Oil -138
Surfactant solution 893

the CT number for bulk phases at the energy level used in the experiments.

5.3 Experimental results

Figure 5.4 show the images of slices at three different heights and three

different times along with a schematic of the core. In these images, the hot

colors correspond to water, while the cold colors correspond to oil. The vertical

line in the middle of each slice is the the fracture, there are also openings of

roughly fracture width at the bottom and top of the core.

One main feature in this figure is that the surfactant solution imbibes

as a front. In the bottom slices, the surfactant imbibes both from the bottom

and the sides of the core. In the middle slices, the surfactant imbibes only from

the sides (fractures). For instance, looking at the center slices, the front moved

from an imbibition distance of 3mm on Day6 to 6mm on Day13. Similarly,

the imbibing front from the bottom of the core moved from 8mm on Day6 to

12mm on Day13. With increasing time the front moves further into the core

and the saturation behind the front, Swf , also increases slowly. For instance,

Swf increase from 0.55 on Day3 to 0.75 on Day13. Thus, almost all of the

recovered oil comes from the movement of the front.
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Since the movement of the front mainly controls the oil recovery rate,

it is useful to calculate an average penetration depth, x̄f (z, t) of the aqueous

phase versus height and time. To calculate x̄f (z, t), the first step is subtracting

the CT image of the surfactant flooded slice from oil saturated slice. Ideally,

the CT differences of the areas that are not imbibed is zero. The imbibed

areas will have a CT difference larger than zero since the CT number of bulk

surfactant solution is significantly higher than the CT number of oil. The

number of the voxels with positive CT difference in the image is a measure

of the area imbibed. Dividing this number by total number of the voxels

gives the normalized area imbibed. The average penetration depth at each

height and time, x̄f (z, t), is calculated by multiplying the normalized area by

Aslice

D
=
πD

4
., where Aslice is the area of each slice and D is the core diameter.

An important feature in Fig. 5.4 is the heterogeneity in the imbibition

of the surfactant solution inside the core. The effect of heterogeneity is more

obvious in the bottom slices. For example, while some parts of the bottom

slice are completely imbibed, there still remains oil-filled regions. Similarly,

heterogeneity affects the imbibition in the middle slices. Here the heterogene-

ity makes the imbibing front spatially wavy. Note that the described method

for calculating x̄f (z, t) averages out the waviness in the front caused by het-

erogeneity.

Figure 5.5 shows the average penetration depth of the surfactant phase

into the core vs. height for test 1. In this plot, the y-axis shows the normalized

height, zd =
z

H
. Here z is the actual height and H is the core height. Each
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curve corresponds to the average penetration depth at one time. The average

penetration depth at each height increases with time. The imbibition profiles

show both imbibition from the bottom of the core and the sides of the core. At

the bottom of the core (zd = 0.0 to zd = 0.1), higher penetration is observed.

In this area, the imbibition front has moved from both bottom and the sides

of the core. From zd = 0.1 to zd = 1, the average penetration depth decreases

with a slight slope and essentially goes to zero at the top of the core. The

average penetration depth in the middle part of the core is around 8mm after

13 days.

In addition to average penetration depth, it is also possible to calculate

the average water saturation with time and height. This quantity is useful to

compare the experiments with simulation results. The average water satura-

tion in each slice, S̄w(z, t) is calculated by averaging the water saturation of

all voxels in each slice, Svoxelw . Figure 5.6 shows the changes of the average

saturation of aqueous phase with height and time. Each curve corresponds

to S̄w(z, t) at one time; the average water saturation in each height increases

with time. The average water saturation is high close to the bottom of the

core and decreases with increase in height. The average water saturation in

the middle part of the core is around 20% after 13 days.

Comparing Fig. 5.5 and Fig. 5.6 shows that the plots of the average

water saturation and average penetration depth are qualitatively equivalent.

Assuming a constant water saturation behind the front, S̄wf , the average wa-

ter saturation and average penetration depth are related using the following
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equation:

Savgw (z, t)
πD2

4
= 2S̄wfxfD ⇒ Savgw (z, t) = (

8S̄wf
πD

)xf (5.4)

In other words, the average penetration depths and the average water

saturation are equivalent and can be interchangeably used.

Both the imbibition and saturation profiles show an unexpected hump

at zd = 0.3. The unexpected low imbibition in this part of the core is re-

lated to the heterogeneity of the core. To better understand the effect of

heterogeneity, Figure 5.7 shows the calculated porosity vs. height for core 1

obtained from the CT images. The plot shows a sudden decrease in porosity

at heights between z=0.2 and z=0.4, which is similar to the heights with low

imbibition. Generally, the zones with lower porosity have lower permeability,

which in turn affects the imbibition rates. The low porosity and consequently

low permeability at heights between zd = 0.2 and zd = 0.4 translates into

slower imbibition in this part of core. Heterogeneity in the core is one of the

important characteristics of the carbonate rocks and it is significant even in

core scale. Although care was taken to use homogenous cores in experiments,

similar jumps in porosity plots were observed in all cores.

To check the repeatability of the experiments, a second experiments

was performed with a core with similar dimensions as the one shown. Al-

though the heterogeneity affected the saturation profiles, similar quantitative

and qualitative behavior was seen in both tests.
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5.3.1 Effect of core dimensions on imbibition profile

To better understand the effect of dimensions on imbibition rate and

recovery, we performed experiments with cores of different heights and diame-

ters. The general behavior explained for imbibition of the surfactant into the

oil-wet core in the previous section was also observed in other experiments.

The results from these experiments will be presented in the next few para-

graphs with emphasize on the differences to the base case, test 1.

Figure 5.8 shows imbibition profiles for test 3, where the core is almost

two times longer than the core in test 1. Note that the heights in the plots

are normalized by height of the core and are not absolute heights. The imbi-

bition profiles are generally very similar to Fig. 5.5. However, there are a few

difference that should be emphasized. First, the extent of imbibition from the

bottom of the core in test 3 is slightly less than test 1. Second, the penetration

depths at similar times and normalized heights are almost 30% lower for test

3 compared to test 1. This shows that the increase on core height makes the

imbibition slower.

Figure 5.9 shows imbibition profiles for test 4, where the core has a

smaller diameter than core in test 1. The average penetration depth is similar

to those observed in test 1. However, since the core diameter is smaller than

the base case, a higher fraction of the core is imbibed at similar times and the

recovery (%OOIP) will be higher. The effect of heterogeneity in the imbibition

profile can be observed at heights between zd = 0.15 to zd = 0.45. This part of

the core has a lower porosity and consequently lower permeability than other
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parts of the core. Therefore, the extent of imbibition in this part of the core

is less than other parts of the core.

5.4 Numerical studies

To better understand the physics of the imbibition of surfactant solu-

tions into the fractured oil-wet cores, we use numerical simulation to calculate

the expected saturation profiles during imbibition. The imbibition profiles pre-

sented in the previous section imply that the gravity is the main driving force

for the imbibition and viscous force is the main resisting force for imbibition.

In this section, we use numerical simulation to calculate the saturation pro-

files assuming that the imbibition rate is controlled by competition between

the gravity and the viscous forces and compare them to the saturation pro-

files from the experiments. In these simulations, we assume that the capillary

pressure is close to zero where the aqueous phase is in contact with the oil. In

other words, the surfactant is transported with water and reduces the capillary

pressure to effectively zero at the interface.

In this study, we use the UTCHEM three-dimensional multi-component

multi-phase chemical flooding simulator to simulate the imbibition process [48].

A 10× 5× 25 Cartesian grid system was used to simulate one half of the core

in Test1 (Figure 5.10). The grid size in x direction is ∆x = 0.21cm. The grid

size in the z-direction is ∆z = 0.7cm for layers 1 to 23 and ∆z = 3cm for

layers 24 to 25.
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The porosity and permeability of the matrix are uniform and set to

φ = 0.25 and k = 250, respectively. The fracture in the middle of the core

was modeled by increasing the porosity and permeability of the grids to φ = 1

and k = 106md. In addition, the first bottom layer and top four layers are

also modeled as fractures. In Fig. 5.10, the magenta and blue grids represent

fracture and matrix, respectively. Initially, the fractures are filled with aqueous

phase, while the matrix is saturated with oil. The volume of the aqueous phase

in the fracture is significantly higher than the volume of the oil in the matrix.

The density and the viscosity of the oil and aqueous phases are the same as

the values presented in section 5.2.1.

As mentioned above, we model the presence of surfactant in the sim-

ulations by scaling the capillary pressure and relative permeability. Since

the surfactants are able to reduce interfacial tension from σ = 27mN/m to

σ = 0.002mN/m, the entry capillary pressure is reduced from approximately

−7psi for oil-brine to −7 × 10−4psi for oil-surfactant solution. The relative

permeability curves are a function of interfacial tension and capillary number,

and can be affected by presence of surfactants [22, 47]. In this study, we will

use two different sets of relative permeability curves, which are shown in the

next section.

It is worth to emphasize that we assume the sole effect of surfactants

in the system is reduction of IFT and neglect the possible role of surfactant

in wettability change and other possible mechanisms to improve recovery. Al-

though this model does not include the details of the surfactant transport and
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other phenomena related to surfactants [46, 75, 89], it is still useful to give a

better insight into the physics of the imbibition process.

Case 1: Low-IFT displacement with straight-line relative permeability

In the first case, we use the straight line relative permeability curves

shown in Figure 5.11(a). This type of relative permeability curves are likely

to be observed at ultra-low IFT range i.e., in a hydrocarbon-hydrocarbon

displacement [22]. As mentioned earlier, we use saturation profiles to compare

the simulation and experimental results. Figure 5.11(b) shows the simulated

saturation profiles using straight line relative permeability. The corresponding

changes in saturation in the grid blocks are presented in appendix A.

The main feature of displacement is that most of the imbibition occurs

from the bottom of the core, where the gravity potential is highest. The front

moves up quickly from the bottom and little imbibition is observed from the

sides of the core. These saturation profiles are different from the experimental

results obtained in this study, e.g. test 1, where the imbibition from the sides

of the core is significant. For example in Fig. 5.6 for imbibition in Test 1, at

t= 305 hrs, the amount of the water imbibed from the sides is almost 4 times

of the water imbibed from the bottom of the core. This difference is very

important in upscaling the recovery.

Case 2: Low-IFT displacement with curved relative permeability

The relative permeability curves are very sensitive to IFT at the range

of low IFT values. While at the limit of miscibility, the relative permeability
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sets are close to straight lines, they rapidly deviate and become more curved

as IFT increases. In particular in this study, where the front movement is

very slow and the capillary number is low, it is reasonable to assume curved

relative permeability instead of straight lines [64]. Figure 5.12(a) shows the

relative permeability curves used for simulation of case 2. Figure 5.12(b) shows

the saturation profiles from this simulation. The corresponding changes in

saturation in the grid blocks are presented in appendix A. Note the qualitative

differences between the saturation profiles in Fig. 5.11(b) and Fig. 5.12(b)

While imbibition takes place mainly from the bottom of the core in case 1,

the imbibition takes place both from the bottom and the sides of the core in

case 2. In case 1, the water saturation rapidly increases to 1 at the bottom of

the core. However, in case 2, the water saturation rapidly increases to 0.5 at

the bottom of the core and then increases slowly. All of these differences are

solely caused by the changes in relative permeability.

Figure 5.13 shows the saturation profiles from experiments and simula-

tions using curved relative permeability on the same plot for comparison. At

early times, for example t = 17hrs, the saturation profiles look similar. At

later times, the saturations at regions near the top of the core look similar. For

example, at t = 66hrs, the measured and simulated saturations for zd = 0.3

to zd = 1.0 are close. In other words, the model predicts the extent of im-

bibition from the sides of the core pretty well. However, the imbibition from

the bottom of the core in the simulations is almost 5 times faster than the

imbibition in the experiments. For example, at t = 66hrs, while the bottom
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front in the experiment has invaded up to zd = 0.06, the bottom front in the

simulation has invaded up to zd = 0.3. The possible reasons for this difference

is discussed in the next section.

5.5 Discussion of the results

The results from the experiments and the simulations can be summa-

rized as follows:

1. Imbibition occurs both from the bottom and the sides of the core. The

imbibition from the side decreases with height.

2. Surfactant solution imbibes into the core as a front. The water saturation

behind the front changes slowly.

3. The imbibition rate decreases with increase in core height and core di-

ameter.

4. The heterogeneity affects the saturation profiles. Generally, less imbibi-

tion is observed in area with lower porosity.

5. The saturation profiles from simulation using curved relative permeabil-

ity show similar profiles to the experimental results for imbibition from

the sides of the core. However, the simulation shows faster imbibition

from the bottom of the core compared to the the experiments.

The goal of this study is devising the scaling rules for oil recovery by

surfactant solution applicable to reservoir scale. To achieve this goal, we first
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need to determine the the driving force for imbibition. Figure 5.14 shows a

schematic of saturation profiles for test 1 after compensating for the hetero-

geneity. The imbibition is higher at the bottom of the core and decreases

with increase in height with lowest imbibition observed at top of the core.

This imbibition profile implies that the gravity is the main driving force for

imbibition of surfactant solution into the oil-wet core. The gravity potential,

Φg = ∆ρg(H−z), is caused by the density difference between the oil and aque-

ous phase, ∆ρ. The gravity potential decreases linearly with increase in height,

z with highest potential at the bottom of the core, Φg(z = 0) = 0.028psi for

Test 1, which is equivalent to a gradient of ∇Φg = 0.056psi/ft. This change

in driving force is consistent with observed imbibition profile.

The same driving force is also present during brine injection. However,

the imbibition is opposed by highly negative capillary forces. As mentioned in

section 5.2.1, the cores are oil-wet. Thus, during brine injection, the capillary

force is negative and high, i.e. Pci = −7psi. The capillary force is significantly

higher than the gravity potential and opposes imbibition of brine.

However, when surfactant solution is injected into the core, the inter-

facial tension and consequently, the capillary force is reduced by a factor of

10−4. In such conditions, the gravity can dominate the diminished capillary

force, i.e. Φg � P surfactant
ci = −7 × 10−4psi and drive the surfactant solution

into the rock.

In addition to gravity force, since the surfactant solution is injected into

the core in these experiments, the viscous force may also act as the driving
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force for imbibition of surfactant solution. To see if either gravity or viscous

force is the main driving force for imbibition, it is helpful to calculate the

appropriate dimensionless numbers to compare these forces to the capillary

force. The ratio of the viscous to capillary force is defined as the capillary

number, Nc and is given by:

Nc =
k|∇Φv|
σ

(5.5)

In this equation, ∇Φv is the gradient of flow potential. The cores used in the

experiments are fractured. Since the fracture permeability (kf = 106md) is

three orders of magnitude larger than the matrix permeability (km = 250md),

almost all the injected surfactant solution flows through the fracture. There-

fore, the gradient of flow potential across the core can be calculated using

the injection rate and the fracture properties. For the experiments performed

here, the gradient of flow potential across the core due to surfactant injection

is calculated to be |∇Φv| = 1.47× 10−3psi/ft.

The calculation of the capillary number requires knowledge of the in-

terfacial tension between the phases. Since the surfactant solution and the oil

in the core are not pre-equilibrated, the exact value for IFT is not known for

these experiments. Here, we assume that the IFT is close to the equilibrium

value from phase behavior experiments, σ = 0.002mN/m, which is the lowest

possible value. If the IFT is higher than the equilibrium value, the calcu-

lated capillary number will be lower. The capillary number for the matrix is

calculated to be Nc = 4.2 × 10−6. This value of capillary number is in the
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low range of the capillary numbers and shows that the viscous forces due to

surfactant injection cannot dominate the capillary forces to allow imbibition

and oil production.

To compare the strength of gravity and capillary forces, Schechter et.

al [129] proposed inverse Bond number, N−1B , defined as :

N−1B =
σ
√

φ
k

∆ρgH
(5.6)

They suggest that if N−1B < 0.1, the process is gravity dominated. The

gravity potential gradient, ∇Φg = ∆ρg , for the fluids used in this study is

∆ρg = 5.6 × 10−2psi/ft , which is 40 times larger than the viscous potential

gradient calculated above. This comparison shows that the gravity is signifi-

cantly stronger than the viscous force in driving the surfactant solution into

the core. In addition, the calculated macroscopic inverse Bond number is

N−1B = 0.01, which is remarkably smaller than the upper limit for a gravity

dominated process. This shows that at low IFT produced by presence of sur-

factants, gravity can force the surfactant solution into the core. The observed

imbibition profiles also imply that the gravity is the main driving force for

imbibition.

The next question to be answered is that, if the gravity is strong enough

compared to the capillary force to reduce the residual oil saturation to zero. In

fact, plotting spatial distribution of water saturation in each slice at different

heights show that the residual oil saturation behind the surfactant front is

in the range of 0.3 − 0.4 (see Figure B.5). This residual oil saturation is
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significantly higher than the residual oil saturation typically observed in core-

flood experiments using similar surfactant solutions. To understand the reason

for this intermediate value of residual oil saturation, it is helpful to calculate

the trapping number which is defined for two dimensional flow as:

NT =
√
N2
c +NcNBsinθ +N2

B (5.7)

where θ is the angle between the local flow vector and horizontal(counterclockwise) [48].The

capillary number is calculated in the previous section as Nc = 4.2× 10−6. The

microscopic Bond number, NB, is defined as:

NB =
k∆ρg

σ
(5.8)

The calculated microscopic Bond number for the experiments performed here

is NB = 1.6 × 10−4. Since the calculated Bond number is significantly larger

than the calculated capillary number, the trapping number is equal to the

microscopic Bond number, i.e. NT = 1.6 × 10−4. The calculated trapping

number is in the intermediate range of trapping number, which justifies the

intermediate residual oil saturation (Sor = 0.3 − 0.4) observed in the experi-

ments [82].

The dominance of the gravity in driving the surfactant solution is also

supported by the simulation results. In the simulations, the capillary pressure

is reduced to very low values; gravity is the only driving force. The satura-

tion profiles from the simulation using the curved relative permeability (case

2) qualitatively compare well to the saturation profiles from experiments for

imbibition from the sides of the core.
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However, the imbibition from the bottom of the core in the simula-

tion is faster than the actual imbibition observed the experiments. There are

two possible reasons for the slower imbibition from the bottom of the core in

the experiments. One possible reason is that the imbibition rate might be-

come limited by the rate of transport of surfactant molecules to the oil-water

interface as explained in the previous chapter.

As the surfactant solution invades into the core, the surfactant front

may become depleted due to adsorption of surfactant molecules to the rock

surface. To allow more imbibition, the surfactant needs to diffuse towards the

interface to replenish it and reduce the IFT. The diffusion of the surfactant

molecules towards the interface is a slow process and may become the rate

limiting step in the imbibition process.

Similar behavior was observed for imbibition of anionic surfactant so-

lution into the oil-wet capillary tubes of small radius. The experiments and

simulations in the previous chapter show that when the inlet pressure is smaller

than the capillary inlet pressure, the imbibition rate is smaller than the rate

predicted by viscous dominated model. This delay in the imbibition into the

capillary tube is related to the depletion of the interface from surfactants due

to adsorption of the surfactant molecules to the capillary tube walls. To re-

plenish the interface, reduce the oil-water IFT and the capillary pressure to

allow more imbibition, the surfactant molecules need to diffuse towards the

interface. By including the surfactant transport, its adsorption and other phe-

nomena related to the presence of surfactants into the model, i.e. varying-IFT
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model, the predicted imbibition rate matches pretty well with the experimental

results.

In the simulation model presented in this chapter, the presence of

surfactant is not explicitly modeled. Instead, in these simulations, the capillary

pressure immediately goes to values to close zero where the oil and aqueous

phase are in contact and the gravity and viscous forces control the imbibition

rate. As shown in Fig. 5.13, the imbibition rate from the core bottom does

not match well with the experimental results. Hence, comparison of simulation

and experimental results imply that the imbibition rate is not solely controlled

by the competition between the gravity and viscous forces. On the other hand,

it is found that the experimental imbibition rate is 5 times less and thus, to be

able to capture the correct physics and predict the imbibition rates accurately,

the physics related to the presence and transport of the surfactants needs to

be incorporated into the simulation model.

Another possible reason for lower imbibition from the bottom of the

core is the dilution of the surfactant solution at the bottom fracture. In the

experiments, the fractures at the bottom of the core are filled with brine before

surfactant injection. When the surfactant solution is injected into the core, it

slowly displaces the in-situ brine in the fracture. Hence, the concentration of

surfactant at the bottom fracture might be less than the injected surfactant

concentration. However, in simulations, the bottom fracture is filled with in-

jected surfactant solution from the start of simulation. This lower surfactant

concentration in the bottom boundary in the experiments compared to simu-

136



lations may be the cause for slower imbibition from the bottom of the core in

the experiments.

The two factors explained here can also retard the imbibition in field

scale. If the surfactant adsorption is high in the matrix, the oil-water interface

becomes depleted. In this case, the diffusion of the surfactants to the interface

may become the rate limiting step in imbibition and slow down the imbibition

process, in particular in long times. Furthermore, if the surfactant solution

is injected after water flooding, the fractures are filled with water. Hence,

the injected surfactant becomes diluted with the water in the fractures and

the imbibition rate might be slower than expected imbibition. The dilution

of the surfactant solution might be important at early times since the high

flow rate in the fractures and the mixing will rapidly make the surfactant

concentration in the fracture equal to the injected surfactant concentration.

However, the diffusional effect of the surfactants is much more important,

especially if the surfactant adsorption is high and the fracture spacing is large

and can significantly reduce the imbibition rate and oil recovery at long times.

It should be noted that the adsorption of surfactant solution onto the rock can

be significantly reduced by addition of alkali to the aqueous phase, which then

suppresses the diffusional effects of the surfactants.

Thus far, the experimental results, calculation of Bond number and the

simulation results imply that the gravity is the main driving force for imbi-

bition of surfactant solution. Next step is devising the appropriate recovery

scaling rules. Several researchers have proposed that the recovery from grav-
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ity dominated imbibition scales with core height, H [73, 129]. For example,

Schechter et. al [129] proposed the following time scale for co-current gravity

dominated imbibition:

tD =
λ∗∆ρg

φH
t (5.9)

In this equation, λ∗ is the reference mobility for co-current gravity dominated

flow, i.e. λ∗ =
kk∗r
µ∗

. These models use the assumption that the imbibition only

takes place from the bottom of the core. While this can be a good assumption

in certain cases (e.g. case 1 of the simulation), the CT results clearly show a

large fraction of imbibition from the side.

Because of this observation, the amount of area over which this sideways

imbibition takes place is important. In our laboratory case, this dimension is

given by the diameter of the core, D. Simply, the cores with smaller lateral

size are imbibed more rapidly. The importance of this factor can be visualized

by comparing the saturation profiles of test 4 (Fig. 5.9) and test 1 (Fig. 5.5).

The radius of the core in test 4 is half of the core radius in test 1. The average

penetration depths are similar for the two cores. However, since the core in

test 4 has a smaller diameter, larger fraction of core is imbibed compared to

test 1. Therefore, the recovery (%OOIP) in test 4 is faster than test 1.

The importance of both the lateral and vertical size of the core in

upscaling the recovery can be better understood by comparing the recovery

curves. The recovery can be calculated using both the saturation profiles from

the CT images and produced oil volume from effluent. The match between

the two methods is generally good. Figure 5.15 shows the recovery curves of
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all tests. The fractional recovery rate of the original oil in place (%OOIP)

decreases with increase in core height and core diameter.

Both the CT images and the recovery curves from the experiments

suggest that the time scale for imbibition of surfactant solution should be

modified to include both the vertical and horizontal size of the core. Here

we attempt to modify the mentioned scaling group for gravity dominated flow

based on the experimental results. The total volume of the oil produced, V p
o (t),

at each time, t, is a combination of the imbibition from the bottom of the core

at a flux of qbot and the sides of the core at a flux of qside:

V p
o (t) =

∫
[(qbot(t)

πD2

4
+ qside(t)2DH]dt (5.10)

The initial volume of the oil in the core is given by V i
o = φπD2H/4. The

recovery at each time, RF (t) is then calculated by dividing V p
o (t) by V i

o :

RF (t) =

∫
[
qbot(t)

φH
+

8qside(t)

πφD
]dt (5.11)

Assuming that the average flux from the side is related to the average

flux from the bottom of the core using a simple relationship, i.e. qside(t) =

γqbot(t), equation 5.12 simplifies to:

RF (t) = (
1

H
+

8γ

π

1

D
)
1

φ

∫
qbot(t)dt (5.12)

The parameter γ defines the ratio of the flux from the sides to the flux

from the bottom of the core. Here we estimate this ratio from the CT results.

The factor
8

π
is a geometric factor for the fractured cylindrical cores used in
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this study. This geometric factor will be different for cores and/or reservoir

blocks with different shapes and aspect ratios. For example, for a cube with

size H fully immersed in surfactant solution, this geometric factor is 4.

If the imbibition only happens from the bottom of the core, γ is close

to zero. In this case, the recovery scales with inverse of core height, 1
H , as

proposed in equation 5.9.

However, in case of imbibition both from the bottom and the sides of

the core, the time scale should be modified to include 1
H +

8γ
πD instead of 1

H :

tD =
λ∗∆ρg

φ
(

1

H
+

8γ

πD
)t (5.13)

We use this new scaling group to scale the recovery curves presented in

Fig. 5.15. Figure 5.16(a) shows the scaled recovery curves using the traditional

scaling group, i.e. the height of the core. To calculate the dimensionless time

from equation 5.13, the following values are used: λ∗g = 1.25× 10−12m2/Pa.s

for reference mobility, ∆ρ = 130kg/m3 for the oil-water density difference and

g = 9.8m/s2 for the gravity acceleration. The scaling groups works well for

cores with similar diameters but different heights. However for cores with

different diameters, the scaling group does not work well. For example, the

dimensionless time for a recovery of 10% for tests 1 and 5 differ by a factor

of 3. Figure 5.16(b) shows the scaled recovery curves using the new scaling

group. Based on the CT results, we used an average value of γ = 0.5 to scale

the recovery curves. The recovery curves collapse to one curve fairly well. For
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example, the dimensionless time for a recovery of 10% for tests 1 and 5 differ

only by a factor of 0.2.

It is important to note that the value of γ = 0.5 is not a universal scaling

factor and changes depending on the relative permeability, viscosity and the

aspect ratio of the core. In particular, as the simulations show when the

relative permeability curves are straight line, very little imbibition is observed

from the sides of the core and the value of γ is close to zero. However using

standard relative permeability, significant imbibition is observed both from

the bottom and the sides of the core and the value of γ is close to 0.5. Thus,

simulations show that the ratio of the imbibition from the bottom and the sides

of the core (parameter γ) is dependent on the relative permeability of the core.

The big variations in γ from changes in unknown relative permeability curves

shows that obtaining estimates of γ from simulation requires measurement

of relative permeability curves. Alternatively, the CT measurements of the

imbibition rate are more straightforward to estimate γ.

In terms of geometry, in the reported experiments, the height and di-

ameter of the cores were only varied by a factor of two. For this small range

of variation in core diameter and height of the core, the parameter γ changes

very little and is almost constant in the experiments. The effect of changing D

and H can be estimated on physical grounds. First consider the case where D

is kept constant and H is varied. For constant D, the available area for vertical

flow is constant. As H increases relative to D, the interference between the side

flow from the bottom, middle and top parts of the core increases and reduces
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the average imbibition rate from the side. Hence, it is expected that the γ

decreases with increase in H. In the experiments it is observed that increasing

the core length from 14cm to 26cm causes a decrease in γ from 0.6 to 0.4, so

the qualitative match is good.

As H decreases relative to D, it is expected that the flow from the

bottom has less interference to flow from the sides and hence the imbibition

from the sides will be faster. Hence, it is expected that the γ increases with

increase in D. At the limit of very large lateral dimension compared to vertical

dimension, the vertical and horizontal flow would not interfere, and γ should

become constant. At the limit of very thin core/block, the horizontal flow

and the vertical flow will act to block each other, potentially changing the

ratio in unforseen manners. Further experiments with potentially an order

of magnitude variation in lateral and vertical dimensions of the core would

be useful to quantify the dependence of γ on geometry. In any case, in-situ

measurements are the most straightforward method to delineate the imbibition

profile and estimate γ.

As an example, we use the new scaling group to scale the recovery

curves from an imbibition cell study performed by Adibhatla et. al [19]. Fig-

ure 5.17(a) shows the scaled recovery curves from a axially cleaved core with

height of H = 7.4cm with a core of H = 3.7cm using the traditional scaling

group. Figure 5.17(b) shows the scaled recovery curves by the modified scaling

group using γ = 0.5 for the short core and γ = 0.25 for the cleaved core. For

the cleaved core, the imbibition from the side is more limited due to small
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diameter of the core. Hence, a smaller value of γ matches the results. Com-

paring Fig. 5.17(a) and Fig. 5.17(b) shows that the modified scaling groups

scales the recovery curves better.

The results discussed for core scale experiments also apply to reservoir

scale imbibition. In fractured oil-wet reservoirs, the fracture network acts

as a delivery system to transport the injected surfactant solution to the un-

swept matrix. If surfactant molecules reduce IFT to sufficiently low values,

the gravity can drive the surfactant solution into the matrix and recover oil.

If fractures with sufficient vertical and horizontal connectivity are present, the

imbibition profile is expected to be similar to the imbibition profiles observed

in this study. In particular, recovery rate depends both on horizontal and

vertical size of the block. Using the same arguments as before, the scaling

group for each block in a fractured reservoir with vertical fracture spacing of

H and horizontal fracture spacing of W is tD =
λ∗∆ρg

φ
(

1

H
+

4γ

W
)t. Assuming

γ = 0.5, the recovery scales as
1

H
+

2

W
using this new scaling group, while

the recovery scales as
1

H
using the traditional scaling group. Using this new

scaling rule (assuming H = W ) and the recovery curves from our experiment,

the time required to produce 10% of oil from a fractured reservoir block with

size of 10m is approximately 3 years.

The time scale calculated here is based on the results from the exper-

iments performed in this study. Hence, if the properties of the rock and the

fluids in the reservoir are different from those used in the experiments, the time

scale will also be different. In particular, fractured reservoirs generally have
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lower permeability than the permeability of the core used in this study, which

is 250 md. For example, the average permeability of the Yates reservoir is 35

md. As equation 5.13 suggests, the recovery in gravity dominated processes

scales with λ∗, hence permeability and decreases with decrease in permeability.

The scaling of the recovery rate with permeability has also been confirmed by

imbibition cell experiments [3]. Therefore, the time required to achieve a cer-

tain recovery increases with decrease in permeability. For example, applying

the results from this study to Yates reservoir, which has an average perme-

ability of approximately k = 35md, the time required to achieve 10% recovery

of oil for a block with size of 10m is approximately 21.5 years. Hence, depend-

ing on the permeability of the fractured oil-wet reservoir, low-IFT surfactant

injection may not be feasible in field scale.

5.6 Conclusion

In this chapter, we studied the imbibition of surfactant solution into

oil-wet fractured cores. We used CT scanner to measure the penetration depth

and saturation of the surfactant solution vs. height at different times. The

experiments were performed with cores of different heights and diameters to

study the effect of dimension on imbibition. Numerical simulation was also

used to understand the observed imbibition profiles. The results show that

the imbibition is gravity dominated. The surfactant molecules reduce the

capillary force such that the gravity can dominate the capillary force and

force the surfactant solution into the core. The surfactant solution imbibes
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both from the bottom and the sides of the core with higher imbibition close

to the bottom of the core.

By comparing these results to simulation results of a simple model (one

that assumes the only forces acting in an ultra-low IFT surfactant imbibition

are gravity and viscous forces), it is shown that the experimental imbibition

proceeds 5 times slower than modeled imbibition from the bottom, but is

roughly the modeled rate from the sides. The possible reasons for the lower

imbibition rate from the bottom of the core include the diffusional effects of

the surfactant (similar to the observed behavior in capillary tube experiments)

and dilution of surfactant solution with in-situ brine in the bottom fracture

(which are not accounted for in the simulations).

Using the experimental and numerical results, the traditional scaling

group for the gravity dominated imbibition was modified to include both the

height and diameter of the core. The new scaling group scales the recovery

curves better than the traditional scaling group, specially for cores with differ-

ent diameters. In field scale, the new scaling group predicts that the recovery

from fractured oil-wet reservoirs by surfactant injection scales by both the

vertical and horizontal fracture spacing.
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Figure 5.1: Effect of permeability on recovery rate reported by Adibhatla et.
al [3]. The figure shows that the gravity scaling works well for permeability
scaling.
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Figure 5.2: Effect of core height on recovery rate reported by Adibhatla et.
al [3]. The figure shows that the gravity scaling is not successful in scaling
recovery for cores of different heights.
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Figure 5.3: Measured solubilization ratio vs. salinity (TDS).
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Figure 5.4: Schematic of the core and and the processed CT images corre-
sponding to bottom, middle and top of the core at different times. The cold
colors represent oil and the hot colors represent aqueous phase.
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Figure 5.5: The front position vs. height at different times after start of
surfactant flooding in test 1, showing imbibition both from the bottom and
the side of the core. The extent of imbibition from the side decreases with
increase in height.
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Figure 5.6: Average water saturation vs. height at different times after start
of surfactant flooding in test 1, which is qualitatively similar to the imbibition
profile.
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Figure 5.7: Porosity vs. height calculated from CT images in test 1, which
represent the heterogeneity in porosity in the core. The height zd ' 0.3 cor-
responds to the same height in imbibition and saturation profiles, where an
unexpected low imbibition is observed.
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Figure 5.8: The front position vs. height at different times after start of
surfactant flooding in test 3, which shows similar features to the imbibition
profile in test 1.
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Figure 5.9: The front position vs. height at different times after start of
surfactant flooding in test 4. The unexpected jump in imbibition at zd ' 0.2
is related to the heterogeneity in the core.

154



Figure 5.10: The x-z view of the grid used for simulation (true-scale). The
blue represents the fracture and the magenta represents the matrix.
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(a)

(b)

Figure 5.11: a) Straight line relative permeability, b) the saturation profiles
from simulation, which shows imbibition mainly takes place from the bottom
of the core.
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(a)

(b)

Figure 5.12: a) Curved relative permeability, b) the saturation profiles from
simulation, which shows imbibition takes place both from the bottom and the
sides of the core.
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Figure 5.13: Comparison of experimental saturation profiles with simulated
saturation profiles using curved relative permeability, which shows roughly
good match for imbibition from the sides, but faster imbibition from the bot-
tom in the simulations comapred to experiments.
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Figure 5.14: Schematic of average water saturation vs. height at different
times.
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Figure 5.15: Comparison of recovery curves from different tests, which shows
that the imbibition rate is higher for core with smaller height and diameter.

160



(a)

(b)

Figure 5.16: Scaling of the recovery using a) tradition scaling group, b) mod-
ified scaling group. The figures show that the modified scaling group scales
the recovery curves better than the traditional scaling group.
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(a)

(b)

Figure 5.17: Scaling of the recovery from imbibition cell experiments [19] using
a) tradition scaling group, b) modified scaling group. The figures show that the
modified scaling group scales the recovery curves better than the traditional
scaling group. 162



Chapter 6

Prediction of Three-Phase Saturation Profiles

from Two-Phase Capillary Pressure Curves as

a Function of Wettability

Gravity drainage of oil with gas is an efficient recovery method in

strongly water-wet reservoirs and yields very low residual oil saturations. How-

ever, many of the oil-producing reservoirs are not strongly water-wet. Thus,

predicting the profiles and ultimate recovery for mixed and oil-wet media is

essential to design and optimization of improved recovery methods based on

three-phase gravity drainage.

In this study, we perform two- and three-phase gravity drainage exper-

iments in sand-packed columns with varying wettability. We propose a sim-

ple method for predicting the three-phase equilibrium saturation profiles as a

function of wettability. In each case, the three-phase results were compared

to the predictions from two-phase results of the same wettability. We find

that the gas/oil and oil/water transition levels can be predicted from pressure

continuity arguments and the two-phase data. The predictions of three-phase

saturations work well for the water-wet media, but become progressively worse

with increasing oil-wet fraction.
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6.1 Introduction

Three-phase gravity drainage is an important production mechanism in

oil reservoirs specifically during gas cap expansion and gravity-stable gas injec-

tion operations. It is defined as displacement of oil by gas under gravity (grav-

ity drainage) in the presence of water [29]. Experimental investigations have

proved the efficiency of gravity drainage [28, 29, 36, 49, 53, 57, 58, 91]. Gravity

drainage is also effective at field scale. Jerauld [85] reported residual oil sat-

urations of less than 5% in Prudhoe Bay gas cap zones initially filled with

oil. Gravity stable immiscible CO2 injection in Weeks Island field resulted

in average residual saturation of 2.2%, while the residual saturation to water

influx in the reservoir was 22.1% [87].

One of the key parameters controlling the efficiency of three-phase grav-

ity drainage is spreading coefficient. It is defined as

Cso = σgw − σgo − σow (6.1)

where σgw, σgo and σow are gas-water, gas-oil and oil-water interfacial ten-

sion. For positive initial spreading coefficient (Cso ) in strongly water-wet

media, oil spreads between gas and water and forms a layer that is hundreds

of nanometers thick. Previous experiments [163] have shown that the residual

oil saturation decreases with increasing initial spreading coefficient in water

wet media. Wettability also plays an important role in the efficiency of three-

phase gravity drainage. Vizika and Lombard [154] and Shahidzadeh-Bonn et.
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al [132] studied the effect of wettability on the gravity drainage process and

showed that the recovery in oil-wet and fractional wet systems is different from

the recovery in water wet systems.

Zhou and Blunt [163] analyzed the gravity stable profile of three phases

after drainage in a water-wet porous medium. They assumed that the oil is

spreading and thus there is only gas-oil and oil-water interfaces, and thus the

three-phase distribution is a combination of two two-phase profiles. Also since

the heaviest fluid (water) is the wetting phase, while the lightest fluid (gas)

acts as the non-wetting phase, both two-phase profiles are identical drainage

profiles that scale with the appropriate interfacial tension (Leverett scaling)

[29, 93, 98, 163]. Using this analysis, they predicted the saturation profiles.

The predictions matched well with the measurements.

However, most oil reservoirs are not strongly water-wet. For example,

Treiber et. al [152] evaluated the wettability of 50 oil-producing reservoirs

and showed that more than 70% of the reservoirs studied are either oil-wet

or intermediate-wet. To be able to apply three-phase gravity drainage in field

scale, it is essential to find a method to predict the recovery in intermediate-wet

wet and oil-wet systems. Zhou and Blunt [164] conducted three-phase gravity

drainage experiments using sand packs of varying wettability and measured

the saturation profiles. They studied possible fluid configuration in pores

and predicted residual water and oil saturation by employing a percolation-

based analysis. The predictions follows the same trend as experimental results.

However, they do not provide a method to predict the transition levels and
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saturation profiles.

In contrast to a strongly water-wet medium, the heaviest fluid (water)

is not the wetting phase for an oil wet medium. Thus on gravity drainage at

the water-oil front, the invading oil is more wetting than the displaced water.

This is an imbibition type process at pore scale which requires a different two-

phase P-S curve compared to a drainage type process. In addition, since the

water is not the non-wetting phase, it may become disconnected during the

drainage. Therefore, the usefulness of employing Leverett scaling on a single

curve as used by Blunt et. al [29] to describe three phase gravity drainage

process is questionable if the media is not water-wet.

In this study, we measure and analyze three-phase gravity drainage sat-

uration profiles. We first conduct a series of two-phase gas-water, oil-water and

gas-oil capillary pressure measurements on sand packs of varying wettability.

Then, we perform three-phase gravity drainage tests on the same sand packs

and predict three-phase saturation profiles from two-phase capillary pressure

curves. We develop a simple model to extend the two-phase curves to the

three-phase profiles and compare the predictions to the measurements.

6.2 Experimental measurements

6.2.1 Materials

The experiments were performed on sand packed columns containing

mixtures of water-wet and oil-wet sand with weight fractions consisting of 0.0,

0.25, 0.5, 0.75 and 1.0 of the oil-wet sand. The water-wet sand is fine ground
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Table 6.1: Density of liquid phases
Component Density(Kg/m3)

Water 1000
iso-Octane 688

Table 6.2: Interfacial tension between fluid pairs
Air & Water Air & iso-Octane iso-Octane & Water

(mN/m) (mN/m) (mN/m)
72 21.8 50

silica sand with the grain size distribution shown in Figure 6.1. To provide

the oil-wet sand, the water-wet sand was treated with 5% octatrichlorosilane

(OTS) solution in ethanol and then washed with ethanol [9]. To make the

f=0.25, 0.50 and 0.75 fractional-wet columns, we mixed oil-wet and water-

wet sand by weight fraction. We label these columns as fractional-wet as they

consist of fractions of oil-wet and water-wet sands [30, 56, 164].

Distilled water was used for the water phase, iso-octane was used for

the oil phase, and air was used for the gas phase. The density of the phases

and interfacial tension values are given in Tables 6.1 and 6.2. The wetting

properties of the sands were qualitatively measured using the methods de-

scribed by Shahidzadeh-Bonn et. al [133]) and Bachmann et. al [21]. This

method consists of placing a drop of the working fluid on a monolayer of sand

held by tape and observing the macroscopic contact angle. When a drop of oil

was applied, it spread completely on the water-wet and oil-wet sands. When

a drop of water was applied, it spread on the water-wet sand but had a large

contact angle on the oil-wet sand.
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The experimental columns were constructed by connecting cylindrical

polycarbonate sections (3 cm in length and 2.54 cm in diameter) and then

putting them in a heat shrinkable PVC tube. The tube was then heated to

tightly connect the sections. Each column was made of 20-30 sections. The

column was then dry-packed with sand. The porosity of the column was

calculated using the weight of the sand for packing and the density of the dry

sand. The porosity values were approximately 33-37% in the experiments.

6.2.2 Two-phase experiments

For each fractional-wet system, we first performed oil-water, gas-oil and

gas-water drainage tests. In the oil-water drainage test, the column was first

saturated with water by pumping more than four pore volumes of water from

the bottom. Then a water tank was connected to the bottom of the column

to provide a constant head boundary condition. The top of the column was

connected to a constant head oil tank. The system was allowed to drain for two

weeks until equilibrium was achieved. The saturation measurement procedure

is explained later.

For gas-oil drainage experiments, the column was saturated with oil

and then connected to an oil tank from the bottom. The air was then allowed

to enter the column from the top under atmospheric pressure and drain the oil

for one week. Contact angle observations show that oil perfectly wets both oil-

wet and water-wet sand. Therefore, we measured the gas-oil capillary pressure

only for f=0.0, 0.50 and 1.0 oil wet systems.
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The set-up for drainage experiment in the gas-water system is similar

to the gas-oil system except that the column is initially water saturated and

supported with a water tank from the bottom.

6.2.3 Three-phase free and bounded drainage experiments

The same sand-filled columns were used for three-phase gravity drainage

experiments. Two different types of drainage experiments were performed: free

drainage and bounded drainage. In both free and bounded drainage tests, the

columns were first flooded with water from the bottom of the column and then,

an oil reservoir containing 25ml of oil was connected to the top of the column.

Each drainage experiment began by opening the valves at the bottom and the

top of the column.

For the free drainage experiments, the bottom boundary was such that

the fluids exited the column at atmospheric pressure. After opening the valves,

the oil in the reservoir entered the column followed by air from the atmosphere.

Initially water was continuously produced from the bottom; at later times both

water and oil were produced.

For the bounded drainage experiments, the bottom boundary of the

column was connected to a water tank (Figure 6.2). The level of the water

tank (i.e. the back pressure) was chosen to ensure no production of oil from

the bottom end during the drainage. Again at the top boundary, the oil in

the reservoir entered the column followed by air from the atmosphere. In all

drainage experiments, the columns were drained for three weeks to achieve
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equilibrium.

6.2.4 Saturation measurement

After achieving equilibrium, the column was cut into sections and each

section’s content was poured into a glass container. The containers were

weighed before and after adding the media. Then, 20 ml of ethanol was added

to each container to dissolve oil and water in the media and the container

was weighed again. Next, a sample from each container was injected into a

gas-chromatograph (GC) to measure the amount of each component in the

sample [163]. The results from the GC along with the calibration data and

the weight measurements were used to calculate the saturation of each phase in

all sections. For two-phase gas-water systems, the saturations were calculated

only based on the weight measurements and density of water.

6.3 Results

6.3.1 Two-phase capillary pressures

Figure 6.3 shows the position in the column and the measured gas-oil

capillary pressure Pcgo = Pg − Po versus oil saturation for this sand. The

capillary pressure was calculated by assuming gravity equilibrium and thus

Pcgo = (ρo − ρg)gz. (6.2)

This curve was the same for all wettabilities; this is unsurprising as oil is

more wetting than gas in both oil-wet and water-wet sands. We denote the

functional form used to describe this two-phase curve as
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Pcgo = Fgo(So). (6.3)

Of particular importance is the gas-oil capillary pressure at which gas

is first observed; this is labeled as P ∗cgo and is approximately 350 Pa for this

system.

Figure 6.4 shows the two-phase drainage gas-water capillary pressure

curve versus water saturation, Pcgw = Fgw(Sw). There are a couple of things

to note: First, the curves show similar functional form with different fractional

wettabilities except for f=1.0 oil-wet column, which deviates from other curves

at high capillary pressures. Second, the residual water saturation is highest for

the f=1.0 oil-wet column; the other wettabilities have similar residual water

saturations. Third, for the water-wet case (f = 0.0), Fgw/σgw = Fgo/σgo as

expected from Leverett scaling (with the minor caveat that the lowest residual

water saturation (Swr=0.07-0.08) is slightly higher than residual oil saturation

for the gas-oil system (Sor=0.06)).

Figure 6.5 shows the two-phase oil-water drainage capillary pressure

curve versus water saturation, Pcow = Fow(Sw) . In contrast to the gas-oil

and gas-water curves, as the fraction of oil-wet sand increases, the capillary

entry pressure decreases; negative values of entry pressure are observed for

columns with greater than f=0.5 oil-wet fractions. Similar to the gas-water

curves, the residual water saturation is greatest at f=1.0 oil-wet media, with

the other wettabilities having similar residual water saturations. Finally, the
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residual water saturation is again greater than the residual oil saturation for

the gas-oil system. This will play a role when analyzing the three-phase curves.

In general, all these observations in two-phase systems are consistent with

previous two-phase measurement in fractionally wet porous media [30, 56,

113, 153].

6.3.2 Three-phase bounded drainage saturation profiles

Figures 6.6-6.10 show the measured three-phase saturation profiles for

all 5 wettability fractions in bounded drainage experiments. In these figures,

open and solid circles show the measured water saturation and the total liquid

saturation (oil saturation + water saturation). The horizontal solid line shows

the free water level, i.e. the level of the water in the water tank connected to

the bottom of the column.

One of the main features of these figures is the water-oil contact level

which is defined as the lowest level at which oil is found in the column. We

observe that with increasing oil-wet fraction, the water-oil contact level mono-

tonically moves to a lower level when compared to the free water level. For

example, at f=0.0 the oil-water contact level is 4 cm above the free water level,

while for f=1.0 the oil-water contact level is 15 cm below the free water level.

Since the same amount of oil was used in all experiments, the gas-oil contact

level (where gas is first observed) tends to follow the oil-water level. In many

of these measurements the oil saturation above the gas-oil contact becomes

quite low. This is discussed further in the analysis section.
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6.3.3 Three-phase free drainage saturation profiles

Figures 6.11-6.15 show the measured three-phase saturation profiles for

all 5 wettability fractions in free drainage experiments. With increasing oil-

wet fraction, the main trend observed is that the amount of water retained

at the bottom of the column monotonically decreases. For example, at f=0.0

the bottom of the column is completely water saturated, while for f=1.0 the

bottom of the column only shows residual water. In this case, the gas-oil level

does not track the oil-water level as varying amount of oil is produced (i.e.

exits the column) depending on the fraction of oil-wet sand. Finally, the free

drainage curves show a large region with residual water and oil saturation that

does not vary with height.

6.4 Analysis of the three phase capillary-gravity equi-
librium in water-wet systems

6.4.1 Calculation of pressure profiles for bounded drainage

We start by analyzing the results of the bounded drainage curves. We

use the following assumptions in predicting the three-phase saturation profiles

from the two-phase capillary pressure curves:

• Each phase is connected in the regions in which it exists.

• The column is at equilibrium.

• The gas pressure is known at the top of the column, and the water

pressure is known at the bottom of the column.
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• The oil-water contact level is controlled by the two-phase oil-water entry

capillary pressure, P ∗cow.

• The gas-oil contact level is controlled by the two-phase gas-oil entry

capillary pressure, P ∗cgo.

Figure 6.2 shows the schematic arrangement of three phases in equi-

librium after the gravity drainage. For simplicity, define z=0 as the bottom

of the column, z=W as the oil-water contact level, and z=H as the gas-oil

contact level. Denoting the level of water in the tank with respect to the bot-

tom of column as HTank, water pressure throughout the column is given by

hydrostatic equilibrium

Pw(z) = Pφ + ρwg(HTank − z), (6.4)

where Pφ is the atmospheric pressure and ρw is the density of water. Since gas

has negligible density, gas pressure throughout the column is given by

Pg(z) = Pφ. (6.5)

The oil phase is not connected to the outside, and thus the oil pressure

is calculated using the two-phase oil entry pressure (assumption 4) at z=W.

This is reasonable since only oil and water exist at heights below z=H. Thus,

oil pressure Po at z=W is
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Po(z = W ) = Pw(z = W ) + P ∗cow = Pφ + ρwg(HTank −W ) + P ∗cow, (6.6)

The oil pressure above z=W is given by hydrostatic pressure of oil-

phase

Po(z) = Pφ + ρwg(HTank −W ) + P ∗cow − ρog(z −W ), (6.7)

where ρo denotes oil density. At z=H, where gas first contacts the oil-phase,

Pg is given by(assumption 5):

Pg(z = H) = Po(z = H) + P ∗cog. (6.8)

Combining equations 6.4-6.8 results in an equation relating the oil-

water and gas-oil contact levels

H −W =
P ∗cow + P ∗cog

ρog
+
ρw
ρo

(HTank −W ). (6.9)

Equation 6.9 gives the height of oil bank in the column in terms of the

entry pressures, the height of water tank, Htank, and oil-water contact level. In

our experiments, we fix the amount of oil in the column (25 ml) which roughly

fixes the height of the oil bank. In this case, the height of single phase region,

W changes according to Eq. 6.9 to accommodate the height of the oil bank.
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6.4.2 Prediction of saturation profiles for bounded drainage

In addition, to calculating the height of the oil bank, we can use the

pressure in each phase to calculate the saturation of all three phase as a func-

tion of height. In the two-phase and three-phase regions, the capillary pres-

sures between the three phases can be found using following equations:

Pcgo = Pg − Po = ρwgHTank + P ∗cow − (ρw − ρo)gW − ρogz, (6.10)

Pcow = Po − Pw = P ∗cow − (ρw − ρo)gW − ρog(z −W ). (6.11)

For the water-wet medium (f = 0), water is the wetting phase, gas is

the non-wetting phase, and oil is the intermediate phase. Additionally, if the

initial oil spreading coefficient is positive, there are no gas-water interfaces and

only oil-water and gas-oil interfaces exist. Thus since the water is surrounded

by oil, for equivalent water saturations, the water is in equivalent positions in

the medium for both two-phase and three-phase systems. In other words, the

presence of gas does not affect the water phase. Thus the three-phase water

saturation depends on the oil-water capillary pressure (Pcow) as it does in the

two-phase system,

Sw = F−1ow (Pcow), (6.12)
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where again Fow is the two-phase functional dependence of Pcow on Sw.

Similarly, the gas is surrounded by oil, and for equivalent gas satu-

rations the gas is in equivalent positions in the medium for both two-phase

and three-phase systems. Thus the three-phase gas saturation depends on the

gas-oil capillary pressure (Pcgo) as it does in the two-phase system,

Sg = 1− F−1go (Pcgo), (6.13)

or equivalently,

Sw + So = F−1go (Pcgo). (6.14)

In Fig. 6.6, we show the calculated water and total liquid saturations

from Equations 6.10-6.14, using the tank height and measured level of oil-

water contact. For water-wet media, Leverett scaling for the two-phase gas-oil

and oil-water systems applies,

Fgo/σgo = Fow/σow. (6.15)

Using this scaling results in the standard three-phase argument stating that

there is a height at which oil saturation is driven to zero under a gravitational
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field in water-wet media [28, 29, 132, 154]. This is seen in the curves of Fig. 6.6

where the oil saturation goes to zero at a height of 52 cm.

This scaling and the above arguments do not apply for non-water-wet

media. Instead for non-water-wet media, there is no specific wetting, non-

wetting, and intermediate phases. But if the oil is spreading, there are still no

gas-water interfaces (oil will spread between these phases). Also, below the

gas entry height (z=H ), there exists only two phases; thus, equation 6.12 still

applies provided that we use the appropriate two-phase functional form Fow

corresponding to the wettability of the media. We make the further assumption

that the two-phase Eq. 6.12 is true for the water saturation above z=H, and

thus we can calculate the water saturation for the whole column using Eqs.

6.11 and 6.12.

However, in non-water-wet media, the position of the gas in the three-

phase system and two-phase system will be different even at the same gas

saturation. Therefore, the arguments corresponding to the gas (and oil) sat-

uration in the water-wet media are not valid for oil-wet and fractional-wet

media and an alternative model is needed to estimate oil saturations.

The difference in the fluid configurations is most easily conceptualized

by considering the completely oil-wet case (f=1.0 ). At low water saturation,

which is typically the case where gas first enters, water is at or near residual

saturation and is likely trapped in large openings away from the oil-wet sur-

faces. For the gas and oil, these portions of the pore space are inaccessible,

and the gas and oil will just position themselves in the remaining pore space.
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The fraction of pore space is reduced by 1 − Sw, and thus for a completely

oil-wet medium, the oil saturation in three-phase should be given by

So = (1− Sw)F−1go (Pcgo). (6.16)

Here, the oil saturation will never be driven to zero at finite height,

which is appropriate as the oil is the wetting phase, and will coat the solid

surfaces. This is the main difference between Equations 6.14 and 6.16. The

predicted water and total liquid saturation using above method for oil-wet

medium are depicted in Figure 6.10.

For fractionally-wet media, we predict the oil saturations by interpola-

tion between oil-wet and water-wet systems. Assuming that water will only

be the wetting phase in completely water-wet pores, throats and corners, we

use the following function to estimate the fraction of completely water-wet

corners [164]

G(f) = (1− f)2. (6.17)

For oil saturation, interpolating between Eqs. 6.14 and 6.16 as a func-

tion of water-wet corners results in
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So = F−1go (Pcgo)−GSw − (1−G)SwF
−1
go (Pcgo). (6.18)

The predicted saturation profiles for fractional wet media are shown in

figures 6.7-6.9.

6.4.3 Prediction of saturation profiles for free drainage

For the free drainage experiments, the predictions are much more diffi-

cult because the bottom boundary condition is hard to characterize. Typically

for a free drainage, the boundary condition for the phase that exits the col-

umn is P = Pφ. But for three-phase drainage experiments, where both oil and

water exit, applying the above condition leads to

Pw(z = 0) = Po(z = 0) = Pφ, (6.19)

which in turn gives

Pcow(z = 0) = Po(z = 0)− Pw(z = 0) = 0. (6.20)

The prediction based on this assumption for f=0.5, 0.75 and 1.0 sys-

tems are shown in figures 6.13-6.15. However, for f=0.0 and 0.25 systems,

the oil saturation at the bottom of the column is zero. Therefore, the more
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reasonable assumption is that only water pressure at the bottom of the column

is equal to atmospheric pressure. Thus, the predictions for f=0.0 and f=0.25

are made using the same arguments as the bounded drainage except that the

tank height is zero (Fig 6.11-6.12).

6.5 Discussion of the results

The two key questions we wish to answer for non-water-wet media are

a) can we predict the overall behavior of the three-phase distribution from

two-phase data, and b) how does the residual saturation change as a function

of wettability? We first discuss the residual saturations.

To obtain valid residual oil and water saturations, the end effects near

the top boundary should be controlled. In the bounded drainage experiments,

the oil saturation is very low near the top of the column even though we sealed

the top boundary to prevent evaporation. This is mainly due to oil evaporation

into the invading gas. During these experiments, when the drainage proceeds

and the gas enters, the invading gas is dry. This invading gas will create an

evaporation front that will lag behind the gas-oil contact causing an evapora-

tion end effect [114]. In the bounded drainage tests, the three-phase region is

shorter due to the need to control the bottom boundary. Thus, the evapora-

tion end effect is more pronounced in bounded drainage tests. Therefore, we

use residual saturations from the free drainage tests which have a three-phase

region of much larger spatial extent (50 cm versus 15 cm).

Figures 6.16 and 6.17 show the three-phase water and oil residual satu-
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rations from the free drainage tests as a function of oil-wet fraction. No exper-

iment is performed to measure the residual gas saturation to water flood. The

residual water saturation increase monotonically from Swr = 0.09 for water-

wet sand packs (f = 0.0) to a maximum of Swr = 0.20 for sand packs with

a fraction of oil-wet sand of f = 0.5 and then decreases monotonically to a

minimum of Swr = 0.05 for oil-wet sand packs (f = 1.0). The residual oil sat-

uration increases monotonically from Sor = 0.00 to Sor = 0.08 as the fraction

of oil-wet sand increases from f = 0.0 to f = 1.0. These results are similar

to those reported by Zhou and Blunt [164] with the oil residual increasing

monotonically with oil-wet fraction and the water residual peaking at roughly

an oil-wet fraction of f = 0.5.

It is important to note the difference between the change of residual oil

saturation as a function of wettability in two-phase and thee-phase systems.

Anderson [8] shows that for Berea sandstone, the residual oil saturation to

water-flood is lowest when the rock wettability is close to neutral, i.e. Amott-

Harvey index is close to zero. As the rock wettability changes towards more

oil-wet or water-wet conditions, the residual oil saturation increases at approx-

imately similar slopes. However, in three-phase systems in which oil spreads

between the gas and water phases, the residual oil saturation increases as the

fraction of oil-wet sand increases, i.e. the rock becomes more oil-wet. This

difference is a result of difference in fluid configuration in two-phase and three-

phase systems.

Zhou and Blunt [164] used a percolation based model to explain the
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observed residual oil and water saturation for sand packs of different wetta-

bility. They relate the residual oil saturation to the fraction of pores that are

not completely water-wet and the irreducible wetting phase saturation. The

behavior of residual water saturation is more complicated and is controlled

through three different processes: the snap-off of water-phase, isolation of

completely water-wet corners and retention of water in the water-wet corners.

The details of method used to calculate residual oil and water saturation are

given in [164].

For the three-phase saturation profiles (Fig. 6.6-6.10), we start by dis-

cussing the water-wet predictions and then discuss in order of increasing oil-wet

fraction. We first observe that the three-phase measured saturations for the

water-wet (f=0 ) medium match well with prediction using Eqs. 6.10-6.14 sim-

ilar to that seen in many previous publications [28, 29, 154, 163]. The gas-oil

contact is in the predicted place and the three-phase saturations match the

predictions from the two-phase curves for the entire ranges.

For the f=0.25 and 0.50 sands, the three-phase saturations show the

functional form that is predicted by the two-phase curves, but the predicted

gas-oil levels are 3-5 cm higher than that observed in the drainage tests.

For the f=0.75 and 1.0 sands, the three-phase saturations show the

functional form that is predicted by the two-phase curves up until the gas

enters. For the f=0.75 sand, once the gas enters, there is more water observed

in the column (between 25 and 40 cm of height) than predicted by the two-

phase curves. For the f=1.0 sand, once the gas enters, there is less water
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observed in the column (between 30 and 50 cm of height) than predicted

by the two-phase curves. For both of these sands the gas-oil level matches

predictions.

Inherent in our fits of the three-phase data is the assumption that the

two-phase oil-water curve is the controlling curve for the water saturation even

when the gas enters (i.e. the place in the column above which it transitions

from two-phase to three-phase). This seems to apply well for the primarily

water-wet sands, but fails for the primarily oil-wet sands. Interestingly, it fails

in different ways for the f=0.75 and 1.0 sands.

The failure of the two-phase curves to predict the three-phase behavior

for the f=1.0 sand appears to be primarily a discrepancy in the three-phase

water residual saturation; the three-phase water residual is much lower than

the water residual measured in the two-phase curves. This discrepancy is not a

single data point, it is true for all of the two-phase curves (Fig 6.4 for gas-water

and Fig 6.5 for oil-water capillary pressure curves), and both bounded and free

three-phase drainage tests. The cause of this discrepancy is still unknown.

The failure of the two-phase curves to predict the three-phase behavior

for the f=0.75 sand is easier to explain than that of the f=1.0 sand. When

the gas enters a region, the gas is not as aggressive as the oil in displacing

the water from the oil-wet surfaces. This also can be seen from two-phase

curves, where water is retained at a positive capillary pressure in gas-water

systems (Fig 6.4), but not for oil-water systems (Fig. 6.5). Therefore, the

three-phase data deviates from the predictions by the two-phase curves only
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at higher capillary pressures near the top of the column.

In general, with increasing oil-wet fractions, the predictions of three-

phase saturations from two-phase data become progressively worse; slightly in

terms of the transition levels, more in terms of water saturation as a function

of height. This is likely because the simple fluid configurations in water-wet

systems are not matched in fractionally-wet systems. Correct pore-scale con-

figurations of fluids are needed for fractionally-wet media in three-phase situ-

ations. With these configurations, the macroscopic profile may be predicted

using network models. Saturation curves such as these will provide a bench-

mark for predictions of saturation behavior based on fluid configurations.

6.6 Summary

In this chapter, we studied three-phase gravity drainage in water-wet,

oil-wet and fractional-wet systems. Two-phase and three-phase saturation

profiles from sand-packed columns in capillary/gravity equilibrium were mea-

sured. A new model was developed to predict the three-phase saturation data

by scaling the two-phase curves. We find that the model predicts the observed

oil residual for all wettabilities, and the scaling works well for primarily water-

wet media. The scaling becomes progressively worse as the oil-wet fraction

increases, as the three-phase oil and water saturations show behaviors that

are not seen in the two-phase curves. Likely, a complete fit of the data has to

come from models based on the pore-scale fluid configurations in oil-wet and

fractional-wet systems.
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Figure 6.1: Grain size distribution of the sand.
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Figure 6.2: Schematic of experimental setup for bounded drainage.
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Figure 6.3: Two phase gas-oil drainage capillary pressure curve.
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Figure 6.4: Two phase gas-water drainage capillary pressure curves.
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Figure 6.5: Two phase oil-water drainage capillary pressure curve.
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Figure 6.6: Measured and calculated saturation profile for f = 0.0 oil-wet
sand (completely water-wet sand pack)- bounded drainage; measured water
saturation (filled circle); measured liquid (oil+water) saturation (open circle).
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Figure 6.7: Measured and calculated saturation profile for f = 0.25 oil-wet
sand- bounded drainage; measured water saturation (filled circle); measured
liquid (oil+water) saturation (open circle).
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Figure 6.8: Measured and calculated saturation profile for f = 0.50 oil-wet
sand- bounded drainage; measured water saturation (filled circle); measured
liquid (oil+water) saturation (open circle).
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Figure 6.9: Measured and calculated saturation profile for f = 0.75 oil-wet
sand- bounded drainage; measured water saturation (filled circle); measured
liquid (oil+water) saturation (open circle).
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Figure 6.10: Measured and calculated saturation profile for f = 1.0 oil-wet
sand(completely oil-wet sand pack)- bounded drainage; measured water satu-
ration (filled circle); measured liquid (oil+water) saturation (open circle).
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Figure 6.11: Measured and calculated saturation profile for f = 0.0 oil-wet
sand (completely water-wet sand pack)- free drainage; measured water satu-
ration (filled circle); measured liquid (oil+water) saturation (open circle).
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Figure 6.12: Measured and calculated saturation profile for f = 0.25 oil-wet
sand- free drainage; measured water saturation (filled circle); measured liquid
(oil+water) saturation (open circle).
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Figure 6.13: Measured and calculated saturation profile for f = 0.50 oil-wet
sand- free drainage; measured water saturation (filled circle); measured liquid
(oil+water) saturation (open circle).
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Figure 6.14: Measured and calculated saturation profile for f = 0.75 oil-wet
sand- free drainage; measured water saturation (filled circle); measured liquid
(oil+water) saturation (open circle).
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Figure 6.15: Measured and calculated saturation profile for f = 1.0 oil-wet
sand (completely oil-wet sand pack)- free drainage; measured water saturation
(filled circle); measured liquid (oil+water) saturation (open circle).
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Figure 6.16: Three-phase residual water saturation, which shows that the
residual water saturation is highest for f = 0.50 and lowest for f = 1.0 (oil-
wet sand pack).
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Figure 6.17: Three-phase residual oil saturation, which shows that the residual
oil saturation increase with increase in the fraction of oil-wet sand.
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Chapter 7

Conclusions and Recommendations for future

work

7.1 Conclusion

In this dissertation, two different processes were studied to improve

recovery from oil-wet and mixed-wet fractured reservoirs: low-IFT surfactant

injection and immiscible gas injection. In both processes, the gravity is the

main driving force for oil recovery. For low-IFT surfactant injection, both

capillary tube experiments and coreflood experiments were performed to un-

derstand the controlling physics and the scaling rules for improved recovery

using surfactant solution. The coreflood experiments show that the imbibi-

tion of surfactant solution takes place both from the bottom and the sides

of the core. The results show that the gravity is the main driving force for

imbibition. In addition, both coreflood and capillary tube experiment suggest

that the imbibition rate might be limited by the the diffusion of the surfactant

molecules to the interface. Based on the experimental results, a new scaling

group was proposed which includes both the vertical and lateral size of the

core and scales the recovery curves from this study well.
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The capillary tube experiments involved displacement of oil by surfactant

solution in horizontal oil-wet capillary tubes. Several parameters including the

capillary tube size and surfactant solution properties were varied and the in-

terface position vs. time was recorded. Two different models were proposed to

explain the observed behavior. The experiments and simulations are discussed

in terms of how and when the rate of transport of surfactants to the oil-water

interface affects the imbibition of ultra-low IFT surfactant solution into oil-

wet capillary tubes. It is observed that for larger capillary tubes with inlet

pressure larger than the inlet capillary pressure, the viscous dominated model

which assumes ultra-low IFT at the interface provides good match to the ex-

perimental results. However, for smaller capillary tubes with inlet pressure

smaller than the inlet capillary pressure, this model predicts faster imbibition

than seen in the experiments. In this case, the varying-IFT model, which

includes the physics of transport and adsorption of the surfactant molecules,

predicts the interface position more accurately. Experiments and simulations

show that the oil-water interface becomes depleted due to surfactant adsorp-

tion to the capillary tube walls. Hence, it is necessary that the surfactant

molecules diffuse to the interface to reduce the IFT and capillary pressure and

allow more imbibition. Hence, the diffusion of the surfactant molecules to the

interface appears to control the imbibition rate.

Extending the model to understand the flow in porous media, the model

predicts that the diffusion of the surfactant molecules to the interface is the

rate limiting step in the imbibition of the surfactant solution into the oil-
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wet cores. The model also predicts that the imbibition rate and the recovery

scales with equivalent capillary tube radius, r or
√
k, where k is the core

permeability. However, there are numerous differences between the physics

and the chemistry of the process in the capillary tubes used here and the

petroleum reservoirs. For example, the adsorption of surfactant molecules in

reservoir might be different from adsorption in the capillary tube.

To see if the results from capillary tube experiments apply to imbibition

in core scale and field scale, core flooding experiments were performed to study

the imbibition of surfactant solution into oil-wet fractured cores. CT scanner

was used to measure the penetration depth and saturation of the surfactant

solution vs. height at different times. The experiments were performed with

cores of different heights and diameters to study the effect of dimension on

imbibition.

Calculation of capillary number for the experiments show that the vis-

cous forces are negligible compared to capillary force and do not play an im-

portant role in imbibition process. On the other hand, the calculated inverse

Bond number shows that the gravity plays an important role in imbibition pro-

cess. The trapping number calculated for the experiments performed here is

in an intermediate range, which justifies the intermediate value of the residual

oil saturation (Sor = 0.3− 0.4) behind the surfactant front.

The observations from the CT scanner shows that the the surfactant

solution imbibes both from the bottom and the sides of the core with higher

imbibition close to the bottom of the core. This profile also confirms that the
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gravity is the main driving force during imbibition process.

Simulations were also performed to see if a simple model in which the

gravity is the only driving force and the viscous force is the only resisting

force, can explain the observed imbibition profiles. In these simulations, it is

assumed that the capillary pressure is close to zero where the aqueous phase

is in contact with the oil.

By comparing the experimental and simulation results, it is shown that

the experimental imbibition proceeds 5 times slower than modeled imbibition

from the bottom, but is roughly the modeled rate from the sides. There are

two possible reasons for the lower imbibition rate from the bottom of the core:

First, similar to the behavior observed in the capillary tubes, it is possible that

the imbibition rate is limited by the rate of transport of the surfactants to the

interface, which is not accounted for in the simulations. Hence, comparison of

simulation and experimental results imply that the imbibition rate is not solely

controlled by the competition between the gravity and viscous forces. Likely,

the physics related to the transport of the surfactants needs to be incorporated

into the simple model to achieve accurate results.

Second possible reason for slower imbibition from core bottom is related

to surfactant dilution. Due to the dilution of surfactant solution with in-

situ brine in the bottom fracture, the surfactant concentration at the bottom

fracture might be smaller than the injected surfactant concentration. However,

in the simulations, the surfactant concentration is the same as the injected

surfactant concentration. The lower surfactant concentration in the bottom
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fracture is another possible reason for slower imbibition in the experiments.

Both these effects can also affect the imbibition rate in field scale and slow

down the oil recovery by low-IFT surfactant flooding.

As mentioned earlier, there is a certain pattern of imbibition from the

sides of the core and the bottom of the core in the coreflood experiments. The

imbibition from sides and the bottom of the core strongly suggests that the

fractional recovery rate should depend on both the diameter and the height of

the core. Comparison of the recovery curves also show that the recovery rate is

faster for cores with smaller diameter and height. Based on the experimental

results, the traditional scaling group for the gravity dominated imbibition is

modified to include both the height and diameter of the core. The new scaling

group scales the recovery curves better than the traditional scaling group,

specially for cores with different diameters. However, the new scaling group

still needs to be tested on cores of much different aspect ratio and size.

In field scale, where both vertical and horizontal fractures are present,

the new scaling group predicts that the recovery from fractured oil-wet reser-

voirs by surfactant injection scales by both the vertical and horizontal fracture

spacing. As either the vertical or horizontal fracture spacing decreases, the re-

covery rate increases. In addition to the fracture spacing and the geometry of

the blocks, the permeability and the viscosity of the phases also directly affect

the recovery rate. As the proposed scaling group shows, the recovery rate de-

creases with decrease in matrix permeability. Hence, for carbonate fractured

reservoirs, which generally have low permeability, the recovery using low-IFT
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surfactant injection may be slow and not feasible in field scale. The recovery

rate also decreases with increase in oil viscosity. Higher oil viscosity will cause

higher viscous resistance and reduce the recovery rate. Hence, the oil-wet

fractured reservoirs with low viscosity oil are better candidates for low-IFT

surfactant injection.

In addition to low-IFT surfactant injection, immiscible gas injection was

also studied as a possible EOR method for mixed-wet and oil-wet fractured

reservoirs. The main purpose of this study was finding a method to predict the

equilibrium three-phase saturation profiles and residual oil saturation during

three-phase gravity drainage.

In this study, two-phase and three-phase saturation profiles from sand-

packed columns in capillary/gravity equilibrium were measured. It is impor-

tant to note that the fluid system used in this study has a positive spreading

coefficient, i.e. oil spreads between the gas and water phases. A new model was

developed to predict the three-phase saturation data by scaling the two-phase

curves. It is found that the model satisfactorily predicts the observed oil resid-

ual for all wettabilities, and the scaling works well for primarily water-wet me-

dia. The scaling becomes progressively worse as the oil-wet fraction increases,

as the three-phase oil and water saturations show behaviors that are not seen

in the two-phase curves. The main reason for the observed discrepancy is the

failure of the phase continuity arguments for sand packs with large fraction

of oil-wet sand. Likely, a complete fit of the data has to come from models

based on the pore-scale fluid configurations in oil-wet and fractional-wet sys-
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tems. Prediction of the recovery rate requires the measurement of three-phase

relative permeability curves for sand packs of different wettability.

7.2 Recommendations for future work

The main body of this dissertation was on imbibition of surfactant so-

lutions into the fractured oil-wet reservoirs. We performed surfactant flooding

in cores of different size and used CT scanner to monitor the imbibition of

surfactant solution into the oil-wet cores. In the following paragraphs, the fu-

ture academic research potentials are outlined to extend the current research:

• On imbibition of surfactant solutions into oil-wet cores, the cores used are

completely saturated with oil, which is different from the actual initial

condition in reservoirs. The main advantage of completely saturating

the core with oil is achieving accurate CT results and faster change of

wettability towards oil-wet state. However, it would be important to see

how the presence of the initial oil changes the imbibition rate and the

saturation profiles. Hence, it is suggested to perform similar experiments

using oil-wet cores with initial water saturation.

• Due to size limitation of the CT scanner, the core length and diameter

were varied among different experiments by only a factor of 2. Based on

the results from the experiments using different cores, we concluded that

both the length and diameter of the core should be included in scaling

groups for recovery. It is strongly recommended to perform experiments
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with blocks of sizes in a large range, i.e. a factor of 10 and use the

modified scaling group to scale the recovery curves. Using larger cores

will suppress the effect of heterogeneity and recovery measurement errors

and provide more reliable results.

• In the numerical studies performed, we showed that the the relative per-

meability curves strongly affect the imbibition profiles. Therefore, it is

strongly suggested to measure the relative permeability of the rock/fluid

systems used in imbibition processes. It is very important to measure

the relative permeability at similar capillary numbers observed in the

imbibition experiments.

• In addition to the dimensions of the core, absolute permeability is also

an important parameter in the recovery scaling group for imbibition pro-

cess [19]. The effect of heterogeneity on imbibition profiles suggest that

the imbibition rate strongly depends on the permeability. We performed

an experiment with a low permeability core(k ' 10md). However, since

the imbibition was very slow, the extent of imbibition was very small and

comparable to the error of CT machine. In case of using CT scanning,

it is useful to use cores with higher permeability compared to cores used

in this study.

• Another important factor in scaling the recovery curves is the viscosity of

the aqueous and oil phases. To study the effect of aqueous phase viscosity

on imbibition rate, polymer can be added to the aqueous phase. To study
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the effect of oil viscosity, a different crude oil can be used. However, it

should be recognized that for experiments with a different crude oil, a

different surfactant solution is needed. In addition, the effect of crude oil

on wettability might also be different. These differences should ba taken

into account when comparing the imbibition rate for different crude oils.

• In this study, the permeability of the fracture was higher than the per-

meability of the matrix by a factor of approximately 104. However, the

permeability contrast between the fracture and the matrix is typically

less than 104. In those conditions, the viscous pressure gradients can also

play an important role in imbibition of surfactant solution into oil-wet

cores [1]. Hence, it is very useful to study the effect of the fracture per-

meability on imbibition rate. To do this study, core holder can be used

instead of epoxy molded cores. The fracture permeability can be varied

by changing the overburden pressure among different experiments.

• In our experiments, we continually injected surfactant solution into the

core at a small rate. However, the imbibition rate was smaller than

the injection rate and a large fraction of the injected surfactant solution

was produced at outlet without imbibition into the core. In field scale,

continuous injection of surfactant solution is not economically feasible.

An alternative approach is cyclic injection of surfactant solution and

brine. Therefore, it is very useful to compare the imbibition rate and oil

recovery rate from fracture oil-wet cores using cyclic surfactant injection

and continuous surfactant injection.
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• The numerical models developed for imbibition of surfactant solution into

the oil-wet cores have been validated using the recovery curves from im-

bibition cell experiments. The experimental results here provide the sat-

uration and imbibition profile in addition to the recovery curves. Hence,

it is strongly suggested to use these experimental results to validate the

numerical models to study the imbibition of anionic surfactant solutions

into oil-wet cores.
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Appendix A

Additional results from numerical simulations

In this appendix, we provide more details and results from numerical

studies. To better understand the physics of the imbibition of surfactant solu-

tions into the fractured oil-wet cores, we use numerical simulation to calculate

the expected saturation profiles during imbibition.

As discussed in chapter 5, the experimental results and calculation of

the dimensionless numbers imply the gravity is the main driving force for the

imbibition. Assuming that the surfactant reduces the IFT to ultra-low values

at all times, the only resisting force against imbibition is viscous force. Here,

we use numerical simulation to calculate the saturation profiles assuming that

the imbibition rate is controlled by competition between the gravity and the

viscous forces and compare them to the saturation profiles from the experi-

ments. In these simulations, we assume that the capillary pressure is close

to zero where the aqueous phase is in contact with the oil. In other words,

the surfactant is transported with water and reduces the capillary pressure to

effectively zero at the interface.

Comparison of the imbibition rate from the simulation and experiments

can be helpful to understand the controlling physics and the test the assump-
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tions stated above. First, since the surfactant solution imbibes both from the

bottom and the sides of the core, calculation of imbibition rate from the side

and the bottom using analytical methods is difficult (as discussed in appendix

C). The numerical simulation can help delineate the interference of the flow

and the imbibition profiles. In addition, the effect of relative permeability on

the imbibition profiles is studied here. Second, by comparison of experimen-

tal and simulation, it is possible to test the assumption of ultra-low IFT and

negligible capillary pressure at the oil-water interface at all times.

In this study, we use the UTCHEM three-dimensional multi-component

multi-phase chemical flooding simulator to simulate the imbibition process. A

10 × 5 × 25 cartesian grid system was used to simulate one half of the core

in Test 1. The grid size in x direction is ∆x = 0.21cm. The grid size in the

z-direction is ∆z = 0.7cm for layers 1 to 23 and ∆z = 3cm for layers 24 to 25.

It is worth noting that the size of the grid in x-direction used here is 12 times

larger than the resolution of the CT machine, which is 0.2mm.

Case 1: Low-IFT displacement with straight-line relative per-

meability

In the first simulation case, the straight-line relative permeability is

used. The relative permeability parameters for case 1 are shown in table A.1.

The capillary pressure parameters in UTCHEM are CPC = −5 × 10−4 and

EPC = 2.

The calculated saturation profiles are presented in chapter 5. Fig-
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Table A.1: Relative permeability parameters used in the simulation of case1

Case 1 Oil Water

Residual saturation 0.0001 0.0001
Relative permeability endpoint 1.0 1.0
Relative permeability exponent 1.0 1.0

ures A.1 to A.7 show the changes of the saturation of water in the matrix at

different times. As these figures show, almost all the imbibition occurs from

the bottom of the core. The aqueous phase invades from the bottom of the

core and the oil saturation decreases to values close to zero (the change of grid

color to blue). Very little imbibition is observed from the fracture in the side.
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Figure A.1: Water saturation in the matrix and fractures for simulation of
case 1; t=0.0 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.2: Water saturation in the matrix and fractures for simulation of
case 1; t=0.75 days.Horizontal grid size exaggeration by a factor of 10.
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Figure A.3: Water saturation in the matrix and fractures for simulation of
case 1; t=2.75 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.4: Water saturation in the matrix and fractures for simulation of
case 1; t=4.75 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.5: Water saturation in the matrix and fractures for simulation of
case 1; t=6.5 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.6: Water saturation in the matrix and fractures for simulation of
case 1; t=9.5 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.7: Water saturation in the matrix and fractures for simulation of
case 1; t=12.75 days. Horizontal grid size exaggeration by a factor of 10.
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Case 2: Low-IFT displacement with curved relative perme-

ability

The relative permeability parameters for case 2 are shown in table A.2.

These parameters correspond to the relative permeability for oil-wet cores at

low capillary number. The capillary pressure parameters in UTCHEM are

CPC = −5× 10−4 and EPC = 2.

The calculated saturation profiles are presented in chapter 5. Fig-

ures A.8 to A.14 show the changes of the saturation of water in the matrix at

different times. As the figures show, the surfactant solution is imbibing both

from the sides and the bottom of the core. Comparing the matrix grids close

to the side fracture, the water saturation in higher in case 2 compared to case

1. This difference can be easily observed by comparing the saturation changes

at t = 4.75days (see Fig. A.4 and Fig. A.11). This difference in imbibition

behavior is solely caused by changing the relative permeability from straight

line to curved. With further increase in time, the extent of imbibition increases

both from the bottom and the side of the matrix.

Comparison of saturation changes in case 1 and case 2 show that by

changing the relative permeability from straight line to curved, the extent

of the imbibition from the side compared to the imbibition from the bottom

increases. In other words, the parameter γ also increases.

Another important difference between the two cases is that the residual

saturation behind the front in case 2 is relatively high (Sor ' .40), while the
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Table A.2: Relative permeability parameters used in the simulation of case1

Case 1 Oil Water

Residual saturation 0.0001 0.0001
Relative permeability endpoint 1.0 1.0
Relative permeability exponent 6.1 2.9

residual saturation in case 1 is close to zero.

Generally, the saturation changes and imbibition profiles in case 2 are

more similar to the imbibition profile observed in the experiments. However,

the imbibition in the simulation proceeds faster than the imbibition in the

experiments, specially from the bottom of the core. This difference suggests

that the diffusional effects of the surfactants may retard the imbibition in the

experiments. This diffusional effect is not included in this simulation model.

More discussion on this difference is presented in chapter 5.
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Figure A.8: Water saturation in the matrix and fractures for simulation of
case 2; t=0.0 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.9: Water saturation in the matrix and fractures for simulation of
case 2; t=0.75 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.10: Water saturation in the matrix and fractures for simulation of
case 2; t=2.75 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.11: Water saturation in the matrix and fractures for simulation of
case 2; t=4.75 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.12: Water saturation in the matrix and fractures for simulation of
case 2; t=6.5 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.13: Water saturation in the matrix and fractures for simulation of
case 2; t=9.5 days. Horizontal grid size exaggeration by a factor of 10.
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Figure A.14: Water saturation in the matrix and fractures for simulation of
case 2; t=12.75 days. Horizontal grid size exaggeration by a factor of 10.
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Appendix B

Additional results from CT scanning of core

flood experiments

Although many features of the results obtained using the CT scanner

were presented in chapter 5 of this dissertation, there are other details which

might be helpful for better understanding of the imbibition process. These

additional details are presented in the next few pages.

B.1 Front vs. time

The imbibition process was mainly discussed in terms of penetration

depth (front position) vs. height at different heights. However, this data can

be represented in another format: the penetration depth (front position) vs.

time at each height. Figure B.1 shows the front position vs. time for heights of

zd = 0.1 to zd = 0.3 for Test 1, which have lower porosity compared to upper

part of the core. Figure B.2 shows similar plot for heights zd = 0.4 to zd = 0.9.

The plots generally show that the front speed decreases with increase in height

although the heterogeneity affects the front speed. Another important feature

in the plots is that the front position changes almost linearly with time, which

suggests that the gravity is the main driving force in imbibition.
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Figure B.1: Front position vs. time for lower part of core in test 1, which
shows that the front position almost linearly with time.
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Figure B.2: Front position vs. time for upper part of core in test 1, which
shows that the front position almost linearly with time.
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Figure B.3: Front position vs.
√
time for lower part of core in test 1.

Figures B.3 and B.4 show front position vs.
√
time for lower and upper

parts of the core.

236



Figure B.4: Front position vs.
√
time for upper part of core in test 1.
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B.2 Saturation changes with time

In addition to average water saturation vs. height (saturation profiles)

at different time, it is also possible to visualize the spatial changes of saturation

at each height. Figure B.5 shows the change of water saturation as a function

of distance from fracture at height of zd = 0.25 for Test 1. To reduce the

CT machine noise, the saturations are averaged for the 10 rows of voxels

close to the middle of the core. In this plot, xd = 0.5 corresponds to the

position of the fracture. At xd = 0.5. the water saturation is close to 1 as

expected. As the distance from the fracture increases on either side of the

fracture, the water saturation generally decreases. Although averaging the

saturations smears the fronts, there is still a sharp change in water saturation.

This is an important evidence that shows that the imbibition process is frontal.

This sharp change in saturation can be seen at xd = 0.43 and xd = 0.58 at

t = 230hrs. The saturation behind the front is not constant and changes with

time. For example, the saturation at xd = 0.48 changes from Sw = 0.47 at

t = 116hrs to Sw = 0.60 at t = 230hrs.

Fig. B.5 can also give an estimate of the residual oil saturation behind

the front. For example, the saturation behind the front in the range of xd =

0.40− 0.50 is close to Sor = 0.4. It is again worth noting that the saturation

behind the front is still changing with time and might not be the true residual

oil saturation.

Figure shows similar plot at zd = 0.1 for Test 3, in which the core is

longer than the core in Test 1. The figure shows similar features to Fig. B.5.
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Figure B.5: Change of saturation with distance from fracture at different times
in test 1, which shows that the imbibition is frontal. the residual oil saturation
behind the front is approximately Sor = 0.3− 0.4 and changes slowly.
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Figure B.6: Change of saturation with distance from fracture at different times
in test 3.

240



Figure B.7: Recovery vs. time. The recovery rate increase with decease in
core height and diameter.

B.3 Recovery curves

The recovery curves for the core flood experiments performed are pre-

sented in chapter 5 of the dissertation. However, it is helpful to plot the

recovery curves vs.
√
time and log(time). These recovery plots are shown in

Figure B.7, Figure B.8 and Figure B.9.

The fastest recovery is observed for Test 4, in which the core has a
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Figure B.8: Recovery vs.
√
time.
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Figure B.9: Recovery vs. log(time).
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diameter of D = 2.54cm and a height of H = 14cm, i.e. thin and short core.

The slowest recovery is observed for Test 3, in which the core has a diameter of

D = 5.08cm and a height of H = 26cm, i.e. thick and long core. In addition,

the recovery vs.
√
time shown in Fig. B.8 for Tests 1, 3 and 5 is linear, which

might suggest the role of surfactant diffusion in imbibition.
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Appendix C

Simple analytic model for imbibition of

surfactant solution

In this appendix, we make an attempt to predict the extent of imbibi-

tion from the sides of the core using a simple analytic model. Using anionic

surfactant solutions at optimum salinities, it is possible to achieve ultra-low

IFT. With ultra-low IFT in porous media, the capillary forces become negli-

gible. Hence, in this simple model, it is assumed that the capillary force is

negligible due to presence of surfactants. Furthermore, it is assumed that the

gravity is the only driving force for imbibition and the viscous force is the only

resisting force.

The geometry of the problem here is similar to the geometry of the

coreflood experiments in this study. The only difference is that we approximate

the circle base of the core with a square (see Figure C.1). We then compare the

predicted imbibition rate to the measured imbibition rate from experiments.

In the models presented, it is assumed that:

• Surfactant solution enters the core only in x-direction

• Oil is displaced only in z-direction
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Figure C.1: Schematic of the geometry of the imbibition used for calculation
in simple analytic model. The surfactant solution imbibes from the right in
the x-direction and oil moves in the z-direction.
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• Oil flows due to gravity forces

• Volume of oil displaced is equal to volume of surfactant imbibed

• Oil and water are incompressible

• The permeability (k), porosity (φ) and initial oil saturation (Soi) are

uniform throughout the core

• The capillary force is negligible due to the presence of the surfactant

• The imbibition from the bottom of the core has negligible interference

with the imbibition from the sides of the core

Two different simple models are presented to analyze the imbibition

from the sides of the core. In both models, it is assumed that the imbibition

from the bottom of the core does not affect the imbibition from the sides.

In the first model, it is assumed that the viscous pressure drop in oil phase

is negligible compared to the viscous pressure drop in aqueous phase. The

predicted imbibition rate is two orders of magnitude larger than the observed

imbibition.

In the second model, it is assumed that the viscous pressure drop in

aqueous phase is negligible. In addition, it is assumed that the penetration

depth decreases linearly from the bottom to the top of the core as observed in

the experiments. The predicted imbibition rate from the sides using this model

is in better agreement with the experiments. The assumptions and limitation

of both models are also discussed.
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C.1 Model 1: Small viscous pressure drop in oil phase

In the first model, it is assumed the viscous pressure drop in the oil

phase is negligible compared to the viscous pressure drop in the aqueous phase.

This assumption is discussed after presenting the model.

Using Darcy’s law, the flux of the surfactant solution into the core from

the sides at each height is given by:

uw(z) =
kkrw
µw
∇P (z) (C.1)

In this equation, k is the absolute permeability, krw is the reference relative

permeability of aqueous phase at the front, µw is the viscosity of aqueous

phase and ∇P is the pressure gradient of the aqueous phase at each height.

At each height, the gravity potential is ∆ρg(H − z), which is the driving force

for imbibition. Since it is assumed that the pressure drop in the oil phase is

negligible, all this gravity potential will be dissipated in aqueous phase. Hence,

the pressure gradient for aqueous phase at each height is calculated by dividing

the gravity potential at each height by the imbibed length, x(z, t) (as shown

in Figure C.2). The pressure gradient is then given by
∆ρg(H − z)

x(z, t)
.

Hence, the surfactant solution flux into the core at each height is cal-

culated as:

uw(z) =
kkrw
µw

∆ρg(H − z)

x(z, t)
(C.2)

The flux of surfactant solution into the core at each height is related to

the front speed,
dx

dt
by following equation:
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Figure C.2: Schematic of imbibition profile in simple analytic model- Model
1. xf (z, t) shows the penetration depth at each height and time.

uw(z) = φS̄wf
dx

dt
(C.3)

Combining equations C.2 and C.3 results in:

x(t)dx =
kkrw

µwφS̄wf
∆ρg(H − z)dt (C.4)

Integrating equation C.4 leads to:

x(t) = [
2kkrw
µwφS̄wf

∆ρg(H − z)t]1/2 (C.5)

This equation predicts that the surfactant solution front moves with√
(t), while the experiments show linear imbibition with t (see Figure B.2).

So the behavior predicted here is different from the behavior observed in the

experiments.
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Table C.1: Test1 experimental parameters

Property Value

k 250 md
krw 0.2
µw 1 cp
φ 0.25
S̄wf 0.6
∆ρ 130kg/m3

g 9.8 m/s2

H 14cm

Next, let’s see if the predicted front position using equation C.5 agrees

well with the actual front position observed in the experiments. For the ex-

periments performed in this study, the values shown in Table C.1 are used to

calculate the front position after approximately 12 days close to the bottom

of the core, zd = 0.2, in Test 1.

Using these values in eq. C.5, the penetration depth at zd = 0.2 would

be 36 cm after 12 days. However, the actual penetration depth observed in

the experiments at zd = 0.2 after 12 days is approximately 0.7 cm. Hence, the

calculated penetration depth is almost 50 times larger than the penetration

depth observed in the experiments.

To understand the reason for this huge difference between the calcu-

lated and observed penetration depth, it is helpful to test the validity of the

assumption made at the start of this section: is the viscous pressure drop in

the oil phase is negligible compared to the viscous pressure drop in the aque-

ous phase? To test this assumption, we calculate the ratio of viscous pressure
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drop in oil phase to the viscous pressure drop in aqueous phase.

We also calculate the viscous pressure drop in the oil phase in the core

for the oil production rate observed in the experiments and compare it to the

gravity potential to see if the assumption of negligible capillary force is valid.

C.1.1 Ratio of viscous pressure drop in aqueous and oil phases

Assuming the geometry of the flow is as shown in Fig. C.1, the viscous

pressure drop in the oil and aqueous phases close to the bottom of the core

can be calculated using Darcy’s law:

∆P v
w =

uwµwxfb
kkrw

(C.6)

∆P v
o =

uoµoH

kkro
(C.7)

In these equation, uw and uo are the flux for oil and aqueous phases,

xfb is the aqueous phase penetration depth at each height and H is the core

height. Dividing these two equation gives:

∆P v
w

∆P v
o

=
uwµwxfb
uoµoH

kro
krw

(C.8)

Since the fluids are incompressible, the average flow rate of water and

oil should be the same:

uwAw = uoAo ⇒
uw
uo

=
Ao
Aw

=
RW

WH
=
R

H
(C.9)

To calculate the pressure drop ratio, we also use the following values

for oil phase: µo = 21cp and kro = 1. We also use xfb = 0.8cm for an average
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penetration depth of surfactant solution close to the bottom of the core after

12 days. H for imbibition close to the bottom of the core is then H = 14cm.

Using these number, the ratio of pressure drops is
∆P v

w

∆P v
o

= 4.0× 10−4.

So this simple calculation shows that actually the pressure drop in the aqueous

phase is four orders of magnitude smaller compared to the oil phase and the

stated assumption is not valid for the experiments performed here. However,

if the viscosity of the aqueous phase is significantly higher than the oil phase,

then the viscous pressure drop in aqueous phase may be comparable to vis-

cous pressure drop in oil phase. The geometry of the core/ block also affects

the ratio of flow areas and hence the fluxes. Hence, change in the geometry

may also affect the ratio of the pressure drops. However, for the experiments

performed in this study, it is shown that the viscous pressure drop in aqueous

phase is negligible compared to viscous pressure drop in oil phase. Therefore,

this assumption is used to calculate the imbibition rate in model 2.

C.1.2 Comparison of viscous pressure drop and gravity potential

In this section, the viscous pressure drop in the core is compared to

the gravity potential across the core. This calculation is helpful to see if the

imbibition rate in controlled by competition between the gravity and viscous

forces and the capillary force is negligible.

Starting with the experiments performed in this study, the production

rate in Test 1 in the first few days is approximately Qo = 1ml/Day.

Using Darcy’s law, the total viscous pressure drop across the core in
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the oil phase for this total production rate is calculated as:

∆P v
o =

QoµoH

kkroA
(C.10)

In this equation, it is assumed the all produced oil travel from the bottom of

the core towards to the top of the core, i.e. the pressure is dissipated over

H. All the oil is produced from the top of the core. The area of the core is

calculated as A = πD2/4, where D is the diameter of the core. The calculated

area of the core in Test 1 is A = 20.26cm2. Using these values and an average

oil relative permeability of kro = 1.0, the calculated viscous pressure drop

across the core is ∆P v
o = 64Pa. Since the surfactant solution imbibes from

the sides of the core, the actual available area for oil flow is less than the area

calculated here. Hence the viscous pressure drop will be even higher than the

pressure drop calculated here.

The gravity potential across the core in Test 1 is Φg = ∆ρgH = 173Pa.

Hence, gravity potential across the core is almost three times larger than the

calculated viscous pressure drop across the core.

We will perform similar calculations for imbibition cell experiments

presented in the literature. Here we calculate the viscous and gravity force for

Test 6 in the Adibhatla et. al’s paper [3]. The properties of the core and the

fluids are given in Table C.2.

The oil production rate in early time is approximately Qo = 0.1ml/day.

Using these values, the calculated viscous pressure drop for oil phase across

the core is ∆P v
o = 93.8. The calculated gravity potential across the core is
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Table C.2: Imbibition cell experimental parameters [3]

Property Value

H 12 cm
D 2.54cm
Soi 0.70
k 150 md
kro 0.4
µo 19.1 cp
φ 0.22
∆ρ 110kg/m3

g 9.8 m/s2

Φg = ∆ρgH = 129.4Pa. Thus, for this imbibition cell experiment, the gravity

potential is almost 1.5 time the viscous pressure drop across the core. These

two sets of calculations show that the gravity potential and the viscous pressure

drop are in the same range and mainly control the imbibition rate, at least at

early time.

The importance of viscous forces in the imbibition of surfactant solution

can also be understood by changing the viscosity of the oil phase. Gupta et.

al [70] compared the imbibition rate of surfactant solutions at low and high

temperature and observed that the imbibition rate is significantly higher at

higher temperatures. Although increase in temperature reduces the IFT and

increase the extent of wettability alteration, the most important change in

experimental parameters occurs for oil viscosity as reported by the authors.

The authors contribute the significant change in imbibition rate to the change

in the oil viscosity. Since the gravity potential is almost constant (the ∆ρ is
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almost constant), as the oil viscosity reduces, the resisting viscous force reduces

and hence the oil production rate increases. Therefore, these experiments also

show the significant effect of viscous force during the imbibition of surfactant

solution into the oil-wet cores.

Although the calculation presented that in this section for early time

show that the gravity potential and the viscous force across the core in the

same range, the capillary pressure is still nonzero and is one the reasons for

the difference between the viscous force and gravity potential. At later times,

it is possible that the oil-water interface become depleted of the surfactants

and gives rise to the capillary force. In such conditions, the capillary force and

the surfactant diffusion may play an important role in imbibition process.

C.1.3 Summary of model 1

In the first part of this appendix, a simple model is proposed to predict

the imbibition of the surfactant solution into the oil-wet cores. In this simple

model, it is assumed that the IFT and the capillary force is negligible compared

to gravity and viscous forces. It is also assumed that the viscous pressure

drop in oil phase is negligible compared to viscous pressure drop in aqueous

phase. The model predicts that the penetration depth changes with
√
time,

which is different from the behavior observed in the experiments. Furthermore,

the predicted imbibition rate is significantly larger than the imbibition rate

observed in the experiments. The calculations show that the assumption of

negligible pressure drop in oil phase is not valid. In contrast, the viscous
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pressure drop in aqueous phase is negligible compared to oil phase. Further

calculations shows that the viscous pressure drop in the oil phase is comparable

to the gravity potential across the core, which shows that the gravity and

viscous forces play an important role during surfactant solution imbibition.
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Figure C.3: Schematic of imbibition profile in simple analytic model- Model 2.
The penetration depth at each time decreases linearly with increase in height.

C.2 Model 2: Small viscous pressure drop in aqueous
phase

In the second model presented here, it is assumed that the pressure

drop in the aqueous phase is negligible compared to the oil phase as shown

in previous section. We also make another important assumption based on

the experimental results shown in chapter 5: the front speed and hence the

penetration depth from the side changes linearly with height as shown in Fig-

ure C.3. This assumption is justified by the observations during core flood

using the CT scanner as presented in chapter 5.

Assuming that the surfactant solution front speed is Vf = Vfb at z = 0

and Vf = 0 at z = H, the front speed at each height, Vf (z) is given by

Vf (z) = Vfb(1− z
H

).

The flow rate of surfactant solution into the core between z and z+dz

equals φS̄wfWVfdz, where W is the the depth of the core/block as shown in
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Figure C.1.

As mentioned, the oil only flows in the z-direction. Therefore, the

produced oil by surfactant solution imbibition at each height accumulates and

the total flow rate of oil increases with increase in height. The total flow rate

of oil at each height, Qo(z), is calculated by integrating the flow rate for all

heights below z.

Qo(z) =

z∫
0

φS̄wfVfWdz = φS̄wfW

z∫
0

Vfdz = φS̄wfW

z∫
0

Vfb(1−
z

H
)dz = φS̄wfWVfb(z−

z2

2H
)

(C.11)

Figure C.4 shows that the calculated profile for normalized flow rate, (z− z2

2H
),

vs. height. As expected, the slope of the curve is larger close to the bottom

of the core and decrease with increase in height.

The total oil flow rate from top of the core, z = H is easily calculated

from previous equation as:

Qo(z = H) = φS̄wfWVfb(H −
H2

2H
) = φS̄wfWVfb

H

2
(C.12)

Next we will try to relate the oil flow rate at each height and the pressure

gradient. Using Darcy’s law, average oil flow rate at each height is given by:

Qo(z) =
koAo
µo

dP

dz
(C.13)

We assume that Ao = WR. Plugging the Qoz from equation C.13 into

equation C.11,

φS̄wfWVfb(z −
z2

2H
) =

koWR

µo

dP

dz
(C.14)
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Figure C.4: The profile of total flow rate vs. height, which shows that the total
flow rate increases with increase in height. The slope of the profile decreases
with increase in height.
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The previous equation can be solved for P:∫
dP =

∫
φS̄wfVfb

µo
koR

(z − z2

2H
)dz (C.15)

Integrating previous equation for z gives:

P (z)− P ∗ = φS̄wfVfb
µo
koR

(
z2

2
− z3

6H
) (C.16)

where P ∗ is the integration constant.

We know that the pressure drop across the core is equal to the gravity

potential, ∆ρgH.

P (z = H)− P (z = 0) = ∆ρgH = φS̄wfVfb
µo
koR

(
H2

3
) (C.17)

From this equation, it is possible to calculate the value of Vfb, which controls

the imbibition rate and the pressure distribution in the model.

Vfb = 3
ko

µoφS̄wf

R

H
∆ρg (C.18)

In addition, we can solve for P ∗ and find an equation to calculate the

pressure, P . The pressure at the bottom and top of the core is P (z = 0) =

∆ρgH and P (z = H) = 0. Using these values, the pressure is calculated as:

P (z) = ∆ρgH[1− 3

H2
(
z2

2
− z3

6H
)] (C.19)

Using equation C.18, the front speed close to the bottom of the core

is approximately around 50mm which is approximately six times larger than

the values observed in the experiments. This difference is likely related to the
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following factors: First, in this model, we only included the flow from the sides

of the core. However, in the experiments, some flow also takes place from the

bottom of the core, which interferes with flow from the core sides and hence

reduces the penetration depth. Second, the actual vertical flow area available

for oil phase is less than WR because of the imbibition of surfactant solution

from the sides. This will also increase the pressure drop in oil phase and reduce

the penetration depth from the sides.

Although the predicted imbibition rate from this model is in reason-

able agreement with the experiments, the calculated pressure profile is not

consistent with the observed behavior. Figure C.5 shows that the calculated

normalized pressure profile vs. height for oil phase, which is the resisting

force for the imbibition. It also shows the normalized hydrostatic pressure

of aqueous phase vs. height, which is the driving force for imbibition. Both

pressure profiles are normalized by ∆ρgH. If the imbibition of the aqueous

phase into the core takes place, the pressure of the aqueous phase should be

higher than the pressure of the oil phase at all heights. However, in Fig. C.5,

the pressure of oil is higher than the pressure of water. Thus, this shows that

the the model is not self consistent and the calculated pressure profile can

not produce the imbibition profile shown in Fig. C.3. Alternatively, instead

of an analytic model, this process can be simulated using ultra-low IFT and

capillary pressure. This is actually the numerical model presented in chapter

5. The calculated saturation profiles from such simplified simulation model

are presented and discussed in chapter 5.
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Figure C.5: The profile of calculated oil phase pressure and hydrostatic water
pressure vs. height. The oil-phase pressure is equal to or higher than the
water-phase pressure, which is inconsistent with the assumptions of the model.
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C.2.1 Summary of model 2

In the second part of this appendix, the imbibition of surfactant so-

lution is analyzed assuming that the viscous pressure drop in aqueous phase

is negligible compared to the oil phase. It is also assumed that the front

speed and the penetration depth decreases linearly from the bottom of the

core towards to the top of the core, as observed in the experiments. Based

on these assumption, the total flow rate vs. height and the penetration depth

vs. height at different times are calculated. The predicted penetration depth

is in the same range as the penetration depth observed in the experiments.

However, the calculated pressure profile is not consistent with the expected

profile. The model needs to be further modified so that the calculated pressure

profile is consistent with the assumptions in the model. Alternatively, a simple

two-phase model can be used to numerically calculate the imbibition profiles.
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Appendix D

UTCHEM input file- Case 2

In this appendix, the input file for UTCHEM simulation in case 2 is

provided. The only difference of the input file for case 1 and case 2 are the

exponents of relative permeability.

CC*******************************************************

CC *

CC BRIEF DESCRIPTION OF DATA SET: UTCHEM (VERSION 2010-8)

CC *

CC*******************************************************

CC *

CC Low IFT imbibition (CORE), 9x5x20 *

CC *

CC LENGTH (FT): 0.5 *

CC THICKNESS (FT) : 0.833 *

CC WIDTH (FT) : 0.0833 POROSITY : 0.26 *

CC NJ. RATE (FT3/DAY) : NA *

CC GRID BLOCKS : 10x5x25 COORDINATE : CARTESIAN *

CC DATE : 04/10/2013 *

CC *
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CC**************************************************************

CC CC*******************************************************************

CC *

CC RESERVOIR DESCRIPTION *

CC *

CC*******************************************************************

CC

CC Run number *—- RUNNO MIS704 CC

CC Title and run description *—- title(i) Surfactant Imbibition in a 9x5x25

core inside a 10x5x25 model

Cartesian Coordinate with Square Core with same Area and Pore Volume

CC

CC SIMULATION FLAGS

*—- IMODE IMES IDISPC ICWM ICAP IREACT IBIO ICOORD ITREAC

ITC IGAS IENG

1 3 3 0 0 0 0 1 0 0 0 0 0 0

CC

”CC no. of gridblocks,flag specifies constant or variable grid size,unit”

*—- NX NY NZ IDXYZ IUNIT

10 5 25 2 0

CC
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CC GRID SIZE OF BLOCK IN X DIRECTION

”*—- DX(I), FOR I=1 TO NX”

0.007 9*0.007

CC

CC GRID SIZE OF BLOCK IN Y DIRECTION

”*—- DY(I), FOR I=1 TO NY”

5*0.01

CC

CC GRID SIZE OF BLOCK IN Z DIRECTION

”*—-DZ(I), FOR I=1 TO NZ”

0.1 0.1 0.024 0.024 20*0.024 0.024

CC

”CC total no. of components,no. of tracers,no. of gel components”

*—-n no ntw nta ngc ng noth

6 0 0 0 0 0 0

CC

CC Name of the components

*—-spname(i) for i=1 to n

Water

Oil

Surf.
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Polymer

Chloride

Calcium

CC

CC flag indicating if the component is included in calculations or not

”*—-icf(kc) for kc=1,n ”

1 1 1 0 1 1

CC

CC*******************************************************************

CC *

CC OUTPUT OPTIONS *

CC *

CC*******************************************************************

CC

CC

”CC FLAG TO WRITE TO UNIT 3,FLAG FOR PV OR DAYS TO PRINT

OR TO STOP THE RUN”

*—- ICUMTM ISTOP IOUTGMS

0 0 0 0

CC

CC FLAG INDICATING IF THE PROFILE OF KCTH COMPONENT SHOULD
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BE WRITTEN

”*—- IPRFLG(KC),KC=1,N”

1 1 1 0 1 1

CC

”CC FLAG FOR PRES.,SAT.,TOTAL CONC.,TRACER CONC.,CAP.,GEL,

ALKALINE PROFILES”

*—- IPPRES IPSAT IPCTOT IPBIO IPCAP IPGEL IPALK IPTEMP IPOBS

1 1 1 0 0 0 0 0 0

CC

CC FLAG FOR WRITING SEVERAL PROPERTIES TO UNIT 4 (Prof)

*—- ICKL IVIS IPER ICNM ICSE IHYSTP IFOAMP INONEQ

1 0 0 1 1 0 0 0

CC

CC FLAG for variables to PROF output file

*—- IADS IVEL IRKF IPHSE

0 0 0 0

CC

CC*******************************************************************

CC *

CC RESERVOIR PROPERTIES *
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CC *

CC*******************************************************************

CC

CC

CC MAX. SIMULATION TIME ( DAYS)

*—- TMAX

20

CC

”CC ROCK COMPRESSIBILITY (1/PSI), STAND. PRESSURE(PSIA)”

*—- COMPR PSTAND

0 0

CC

”CC FLAGS INDICATING CONSTANT OR VARIABLE POROSITY, X,Y,AND

Z PERMEABILITY”

*—- IPOR1 IPERMX IPERMY IPERMZ IMOD

2 2 3 3 0 0 0

CC

CC VARIABLE POROSITY OVER RESERVOIR

”*—- POR(I),FOR I=1 TO NX*NY*NZ”

50*1
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50*1

50*1

50*1

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26 1 9*0.26

270



50*1

CC

CC VARIABLE PERMEABILITY OVER RESERVOIR

”*—- PERMX(I),FOR I=1 TO NX*NY*NZ”

50*100000

50*100000

50*100000

50*100000

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250
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100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

100000 9*250 100000 9*250 100000 9*250 100000 9*250 100000 9*250

50*100000

CC

CC Y DIRECTION PERMEABILITY IS DEPENDENT ON X DIRECTION

PERMEABILITY

*—- CONSTANT PERMEABILITY MULTIPLIER FOR Y DIRECTION

PERMEABILITY

1

CC

CC Z DIRECTION PERMEABILITY IS DEPENDENT ON X DIRECTION

PERMEABILITY

*—- CONSTANT PERMEABILITY MULTIPLIER FOR Z DIRECTION PER-

MEABILITY

0.8

CC

”CC FLAG FOR CONSTANT OR VARIABLE DEPTH, PRESSURE, WA-

TER SATURATION,INITIAL AQUEOUS PHASE cOMPOSITIONS”

*—-IDEPTH IPRESS ISWI ICWI
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0 1 2 2

CC

CC CONSTANT DEPTH (FT)

*—- D111

0.5

CC

CC INITIAL PRESSURE FOR A POINT AT A SPECIFIED DEPTH IS

SPECIFIED

*—- PINIT HINIT

14.7 0

CC

CC INITIAL WATER SATURATION FOR EACH GRIDBLOCk IS SPECI-

FIED

”*—- S(I),I=1 TO NX*NY*NZ”

50*1

50*1

50*1

50*1

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002
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1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002 1 9*0.002

50*1

CC

CC INITIAL CONCENTRATION IN THE AQUEOUS PHASE AT Ith GRID-

BLOCK

”*—- cwi(I,KW) for i=1, NXxNYxNZ, for kw=1,n(8+no)”

50*1

50*1

50*1
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50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1
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CC

CC INITIAL CONCENTRATION IN THE AQUEOUS PHASE AT Ith GRID-

BLOCK

”*—- cwi(I,KW) for i=1, NXxNYxNZ, for kw=1,n(8+no)”

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0
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50*0

50*0

50*0

50*0

50*0

50*0

CC

CC INITIAL CONCENTRATION IN THE AQUEOUS PHASE AT Ith GRID-

BLOCK

”*—- cwi(I,KW) for i=1, NXxNYxNZ, for kw=1,n(8+no)”

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0
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50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

CC

CC INITIAL CONCENTRATION IN THE AQUEOUS PHASE AT Ith GRID-

BLOCK

”*—- cwi(I,KW) for i=1, NXxNYxNZ, for kw=1,n(8+no)”

1250*0.3

CC CC INITIAL CONCENTRATION IN THE AQUEOUS PHASE AT Ith

GRIDBLOCK

”*—- cwi(I,KW) for i=1, NXxNYxNZ, for kw=1,n(8+no)”

50*0

50*0
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50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0

50*0
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CC

CC***********************

CC *

CC PHYSICAL PROPERTY DATA *

CC *

CC************************************************

CC

CC

”CC OIL CONC. AT PLAIT POINT FOR TYPE II(+)AND TYPE II(-),

CMC”

*—- c2plc c2prc epsme ihand

0 1 0.00005 0

CC

CC flag indicating type of phase behavior parameters

*—- ifghbn

0 ”CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT.,

AND 2XOPT SALINITY”

CC FOR ALCOHOL 1

*—- hbns70 hbnc70 hbns71 hbnc71 hbns72 hbnc72

0 0.025 0 0.013 0 0.025

”CC SLOPE AND INTERCEPT OF BINODAL CURVE AT ZERO, OPT.,

AND 2XOPT SALINITY”
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CC FOR ALCOHOL 2

*—- hbns80 hbnc80 hbns81 hbnc81 hbns82 hbnc82

0 0 0 0 0 0

CC

CC LOWER AND UPPER EFFECTIVE SALINITY FOR ALCOHOL 1 AND

ALCOHOL 2

*—- csel7 cseu7 csel8 cseu8

0.32 0.8 0 0

CC

CC THE CSE SLOPE PARAMETER FOR CALCIUM AND ALCOHOL 1

AND ALCOHOL 2

*—- beta6 beta7 beta8

0 0 0

CC

CC FLAG FOR ALCOHOL PART. MODEL AND PARTITION COEFFI-

CIENTS

*—- ialc opsk7o opsk7s opsk8o opsk8s

0 0 0 0 0

CC

”CC NO. OF ITERATIONS, AND TOLERANCE”

*—- nalmax epsalc

20 0.0001
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CC

CC ALCOHOL 1 PARTITIONING PARAMETERS IF IALC=1

*—- akwc7 akws7 akm7 ak7 pt7

4.671 1.79 48 35.31 0.222

CC

CC ALCOHOL 2 PARTITIONING PARAMETERS IF IALC=1

*—- akwc8 akws8 akm8 ak8 pt8

0 0 0 0 0

CC

CC ift model flag

*—- ift

1

CC

CC INTERFACIAL TENSION PARAMETERS

*—- chuh ahuh

0.2 9

CC

CC LOG10 OF OIL/WATER INTERFACIAL TENSION

*—- xiftw

1.3

CC

CC ORGANIC MASS TRANSFER FLAG

*—- imass icor
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0 0

cc

cc

*—-IWALT iwalf

0 0

CC

”CC CAPILLARY DESATURATION PARAMETERS FOR PHASE 1, 2,

AND 3”

*—- itrap t11 t22 t33

0 0 0 0

CC

CC FLAG FOR RELATIVE PERMEABILITY AND CAPILLARY PRES-

SURE MODEL

*—- iperm

0 0

CC

CC FLAG FOR CONSTANT OR VARIABLE REL. PERM. PARAMETERS

*—- isrw iprw iew

2 2 2

CC

CC Residual saturation of aqueous phase displaced by oil or gas at low capil-

lary number for I gridblock

”*—- s1rw(i),FOR I=1 TO NX*NY*NZ”
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50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001
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50*0.0001

50*0.0001

CC

CC Residual saturation of oleic phase displaced by water at low capillary num-

ber for I gridblock

”*—- s2rw(i),FOR I=1 TO NX*NY*NZ”

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001
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50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

CC

CC Residual saturation of microemulsion phase displaced by water or oil at

low capillary number for I gridblock

”*—- s3rw(i),FOR I=1 TO NX*NY*NZ”

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001
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50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

CC

CC Endpoint relative permeability of water at low capillary number for I grid-

block

”*—- p1rw(i) ,FOR I=1 TO NX*NY*NZ”

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001
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50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

50*0.0001

CC

CC Endpoint relative permeability of oil at low capillary number for I grid-

block
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”*—- p2rw(i) ,FOR I=1 TO NX*NY*NZ”

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1
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50*1

50*1

50*1

CC

CC Endpoint relative permeability of microemulsion at low capillary number

for I gridblock

”*—- p3rw(i) ,FOR I=1 TO NX*NY*NZ”

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1
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50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

50*1

CC

CC Relative permeability exponent of aqueous phase at low capillary number

for I gridblock

”*—- e1w(i) ,FOR I=1 TO NX*NY*NZ”

50*1

50*1

50*1

50*1

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9
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1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

50*1

CC

CC Relative permeability exponent of oleic phase at low capillary number for

I gridblock

”*—- e2w(i) ,FOR I=1 TO NX*NY*NZ”

50*1

50*1

50*1

50*1
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1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1 1 9*6.1

50*1

CC

CC Relative permeability exponent of microemulsion phase at low capillary
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number for I gridblock ”*—- e3w(i) ,FOR I=1 TO NX*NY*NZ” 50*1

50*1

50*1

50*1

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9
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1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9 1 9*2.9

50*1

CC

”CC WATER AND OIL VISCOSITY , RESERVOIR TEMPERATURE”

*—- VIS1 VIS2 TSTAND

1 21 0

CC

CC COMPOSITIONAL PHASE VISCOSITY PARAMETERS

*—- ALPHAV1 ALPHAV2 ALPHAV3 ALPHAV4 ALPHAV5

2 2 0 0.9 0.7

CC

CC PARAMETERS TO CALCULATE POLYMER VISCOSITY AT ZERO

SHEAR RATE

*—- AP1 AP2 AP3

13 64 75

CC

”CC PARAMETER TO COMPUTE CSEP,MIN. CSEP, AND SLOPE OF

LOG VIS. VS. LOG CSEP ”

*—- BETAP CSE1 SSLOPE

1 0.01 -0.2398

CC

CC PARAMETER FOR SHEAR RATE DEPENDENCE OF POLYMER

VISCOSITY

295



*—- GAMMAC GAMHF POWN ipmod ishear rweff GAMHF2

130 400 2.3 0 0 0.25 0

CC

CC FLAG FOR POLYMER PARTITIONING, PERM. REDUCTION PA-

RAMETERS”

*—- IPOLYM EPHI3 EPHI4 BRK CRK

1 1 1 100 0.12 10

CC

”CC SPECIFIC WEIGHT FOR COMPONENTS 1,2,3,7,8 ,Coeffient of oil

and GRAVITY FLAG”

*—- DEN1 DEN2 DEN23 DEN3 DEN7 DEN8 IDEN

0.433 0.376 0.376 0.433 0.346 0 2

CC

”CC FLAG FOR CHOICE OF UNITS ( 0:BOTTOMHOLE CONDITION ,

1: STOCK TANK)”

*—– ISTB

0

CC

”CC COMPRESSIBILITY FOR VOL. OCCUPYING COMPONENTS 1,2,3,7,AND

8 ”

*—- COMPC(1) COMPC(2) COMPC(3) COMPC(7) COMPC(8)

0 0 0 0 0
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CC negative PC values

”CC CONSTANT OR VARIABLE PC PARAM., WATER-WET OR OIL-

WET PC CURVE FLAG ”

*—- ICPC IEPC IOW

2 0 1

CC

CC CAPILLARY PRESSURE ENDPOINT FOR GRIDBLOCK

”*—- CPC(I),I=1 TO NX*NY*NZ”

50*0.0

50*0.0

50*0.0

50*0.0

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4
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0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4 0.0 9*-5.0E-4

50*0.0

CC

”CC CAPILLARY PRESSURE PARAMETER, EPC0 ”

*—- EPC0

2

CC

CC MOLECULAR DIFFUSION COEF. KCTH COMPONENT IN PHASE 1

”*—- D(KC,1),KC=1,N”

0.0000 0.0000 0.0000 0 0 0

CC

CC MOLECULAR DIFFUSION COEF. KCTH COMPONENT IN PHASE 2

”*—- D(KC,2),KC=1,N”

0.0000 0.0000 0.0000 0 0 0

CC
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CC MOLECULAR DIFFUSION COEF. KCTH COMPONENT IN PHASE 3

”*—- D(KC,3),KC=1,N”

0.000 0.000 0.00000 0 0 0

CC

CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 1

*—- ALPHAL(1) ALPHAT(1)

0 0

CC

CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 2

*—- ALPHAL(2) ALPHAT(2)

0 0

CC

CC LONGITUDINAL AND TRANSVERSE DISPERSIVITY OF PHASE 3

*—- ALPHAL(3) ALPHAT(3)

0 0

CC

CC flag to specify organic adsorption calculation

*—- iadso

0

CC

CC SURFACTANT AND POLYMER ADSORPTION PARAMETERS

*—- AD31 AD32 B3D AD41 AD42 B4D IADK IADS1 FADS REFK

0 0 1000 0 0 100 0 0 0 50
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CC

CC PARAMETERS FOR CATION EXCHANGE OF CLAY AND SURFACTANT

*—- QV XKC XKS EQW

0 0 0 804

CC

CC************************************************

CC *

CC WELL DATA *

CC *

CC***********************************************

CC

CC

CC FLAG FOR SPECIFIED BOUNDARY AND ZONE IS MODELED

*—- IBOUND IZONE

0 0

CC

”CC TOTAL NUMBER OF WELLS, WELL RADIUS FLAG, FLAG FOR

TIME OR COURANT NO.”

*—- NWELL IRO ITIME NWREL

1 2 0 1

CC

”CC WELL ID,LOCATIONS,AND FLAG FOR SPECIFYING WELL TYPE,

WELL RADIUS, SKIN”
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*—- IDW IW JW IFLAG RW SWELL IDIR IFIRST ILAST IPRF

1 1 1 1 0.001 0 3 1 1 0

CC

CC WELL NAME

*—- WELNAM

Fake

CC

”CC ICHEK , MAX. AND MIN. ALLOWABLE BOTTOMHOLE PRESSURE

AND RATE”

*—- ICHEK PWFMIN PWFMAX QTMIN QTMAX

0 0 10 0 10

CC

”CC ID,INJ. RATE AND INJ. COMP. FOR RATE CONS. WELLS FOR

EACH PHASE (L=1,3)”

”*—- ID QI(M,L) C(M,KC,L)”

1 0 1 0 0 0 0 0

1 0 0 0 0 0 0 0

1 0 0 0 0 0 0 0

CC

”CC CUM. INJ. TIME , AND INTERVALS (PV OR DAY) FOR WRITING

TO OUTPUT FILES”

*—- TINJ CUMPR1 CUMHI1 WRHPV WRPRF RSTC

14 0.25 0.25 0.25 0.25 20
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CC

”CC THE INI. TIME STEP,CONC. TOLERANCE,MAX.,MIN. time steps”

*—- DT DELC(I) DTMAX DTMIN

1E-06 0.005 1E-04 1E-06 0.01 0.01 0.01 0.01 0.0001
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