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Abstract 

 

Gas Injection Techniques for Condensate Recovery and 

Remediation of Liquid Banking in Gas-Condensate Reservoirs 

 

 

Jongsoo Hwang, M.S.E. 

The University of Texas at Austin, 2011 

 

Supervisor:  Mukul M. Sharma 

 

In gas-condensate reservoirs, gas productivity declines due to the increasing 

accumulation of liquids in the near wellbore region as the bottom-hole pressure declines 

below the dew point pressure. This phenomenon occurs even in reservoirs containing 

lean gas-condensate fluid. Various methods were addressed to remediate the productivity 

decline, for example, fracturing, gas injection, solvent injection and chemical treatment. 

Among them, gas injection techniques have been used as options to prevent retrograde 

condensation by vaporizing condensate and/or by enhancing condensate recovery in gas-

condensate reservoirs. It is of utmost importance that the behavior of liquid accumulation 

near the wellbore should be described properly as that provides a better understanding of 

the productivity decline due to the originated from impaired relative mobility of gas. 

In this research, several gas injection techniques were assessed by using 

compositional simulators. The feasibility of different methods such as periodic hot gas 

injection and gas reinjection using horizontal wells were assessed using different 

reservoir fluid and injection conditions. It is shown that both the temperature and 
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composition of the injection fluids play a key role in the remediation of productivity and 

condensate recovery. The combined effect of these parameters were investigated and the 

resulting impact on gas and condensate production was calculated by numerical 

simulations in this study. Design parameters pertaining to field development and 

operations including well configuration and injection/production scheme were also 

investigated in this study along with the above parameters. 

Based on the results, guidelines on design issues relating gas injection parameters 

were suggested. The various simulation cases with different parameters helped with 

gaining insight into the strategy of gas injection techniques to remediate the gas 

productivity and condensate recovery. 
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Chapter 1 :   Introduction 

 

1.1 MOTIVATION OF RESEARCH  

The global demand for natural gas has increased immensely because of its more 

environment-friendly characteristics compared to oil resources. Condensates in the form 

of a light oil are produced along with natural gas production depending on the production 

conditions and reservoir fluid characteristics. Once the pressure declines below the dew 

point pressure, heavier components in the reservoir fluid begin to condense to liquids. 

The condensate builds up in the near wellbore region as the near wellbore pressure will 

be lower than that of the reservoir boundary. This liquid is trapped by capillary forces in 

the reservoir rock.  

This near wellbore condensate bank eventually increases in volume  as production 

proceeds. When the condensate saturation exceeds the residual oil saturation, the 

movable condensate will also be produced with gas. The reduction of the productivity can  

be a factor of 2 to 4 as reported by Engineer (1985), Afidick et al. (1994), Barnum et 

al.(1995) and Ayyalasomayajula et al.(2005). The impairment in productivity was 

reported to be a factor of about 2 even for very lean gas-condensate fluids with a 

maximum liquid dropout of 1.1%.  

There have been many approaches proposed to address the impairment of 

productivity of gas in gas-condensate reservoirs. Among them, re-injection of produced 

gas is one of such strategy. Hydraulic fracturing has  also been applied for the 

remediation of impaired productivity. Chemical treatments and solvent flooding were 

investigated extensively and some of them have been pilot-tested and the improvements 

have been reported (References needed) 
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As the productivity impairment can start from early in the life of the well, 

treatment methods applied after buildup of the condensate bank may not be the best 

solution. In this regard, well configurations, production schemes and remediation 

methods shall be optimized from the field development stage based on fluid 

characteristics and reservoir properties. 

1.2 RESEARCH OBJECTIVES 

The objective of this study is to perform a quantitative analysis on the 

effectiveness of various types of gas injection technologies to remediate the impairment 

of gas productivity of gas-condensate reservoirs. Well-known gas injection techniques  

including periodic gas injection, and field-scale gas injection were tested by numerical 

reservoir simulation. In addition, a new gas re-injection approach using a parallel set of 

horizontal injection and production wells, was proposed and tested by numerical 

simulation.  

As the performance of gas injection techniques are dependent on the injection 

conditions, including gas compositions, and temperature, the impact of injection gas 

composition on the performance were also analyzed. In addition, the conditions of the 

initial reservoir fluid have an effect on the performance of gas injection. Accordingly, It 

was also essential to investigate the sensitivity of the composition of  the initial reservoir 

fluid.  

These investigations were also combined with models which describe intrinsic 

characteristics of gas and condensate flow. They include non-Darcy flow models and 

capillary number-dependent relative permeability models. The effect of these models 

were also tested to see the effect on the gas injection techniques. Finally, based on all the 

above investigation, the proper injection techniques and relevant operational parameters 

were suggested. 
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Chapter 2 :   Literature Review 

 

2.1 PRODUCTIVITY DECLINE IN GAS-CONDENSATE RESERVOIRS 

As production progresses in the gas-condensate reservoirs, the flowing bottom-

hole pressure normally declines down below the dew point pressure of the produced fluid. 

A condensate phase accumulates in the near wellbore region. The pressure-temperature 

phase diagrams of a typical gas-condensate fluid and a condensate bank are shown in 

Figure 2.1. This condensate drop out during gas production will impair the relative 

permeability to gas and cause a significant loss in gas productivity. A typical condensate 

saturation resulting from this behavior is shown in Figure 2.2. 

The condensate saturation around a well undergoing depletion can be divided into 

three annular regions. The first region is the inner near-wellbore region where both gas 

and oil flow simultaneously. The flowing compositions throughout this region are 

constant and this is the composition of  producing fluid. This region is the main source of 

the productivity decline due to the reduced relative permeability to gas and its size 

increases with depletion. The second region is the transition region and condensate 

accumulation characterizes this region. Condensate is not flowing in this region, only gas 

is flowing. By flowing through this region, fluid will become leaner than it was in the 

outer region. The third region is the outer region where the pressure is above the dew 

point pressure and the fluid exist as a single gas phase. With depletion, the pressure in the 

outer region will eventually decline below the dew point pressure and the condensate 

saturation will increase. 

The productivity impairment problems have been reported in many field cases.. 

Afidick et al. (1994) reported about 50% of productivity loss for a field which contained 
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a fluid with only about 1.1% of maximum liquid drop out. This was also verified by 

numerical simulations. It was also reported that the oil saturation in the near wellbore 

region increases up to a saturation of about 70%. This region of liquid buildup grows 

with time as the reservoir is depleted. . 

As the productivity impairment comes mainly from the loss of relative 

permeability to gas, there have been many studies to measure and model how the 

condensate phase impedes the flow of gas. Mott et al. (2000) studied the relative 

permeability to gas using a reservoir fluid to see the effect of fluid composition and rock 

types. It was shown that the relative permeability increases with increasing velocity at a 

fixed saturation. Kumar et al. (2006) also measured the relative permeability to gas with 

synthetic fluid under realistic reservoir conditions, e.g. high temperature and high flow 

rate including non-Darcy flow effect. 

2.2 ANALYTICAL AND SEMI-ANALYTICAL APPROACHES TO DESCRIBE THE WELL 

PRODUCTIVITY IN GAS-CONDENSATE RESERVOIRS 

The fractional flow theory is the basis of the gas and condensate productivity in 

the gas-condensate reservoirs. For the condensate and gas flow in radial direction 

neglecting capillary and gravity effect can be written as following: 

ro
o

o

kk p
u

r

 
   

 
 (2.1) 

rg

g

g

kk p
u

r

 
   

 
 (2.2) 

In terms of the fractional flow of phase j, fj = uj / u, the ratio of the oil and gas 

relative permeabilities can be written as: 

ro go o

g g rg o

kf u

f f k




   (2.3) 
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The ratio of relative permeabilities to gas and condensate can be used for the 

following calculations and estimated directly from experimental data to predict the flow 

behavior when both phases co-exist and flow in a porous medium. 

There have been many approaches to describe the well productivity in gas-

condensate reservoirs. Fevang and Whitson (1996) calculated the well deliverability of 

gas-condensate reservoirs using a modified form of the Evinger-Muskat pseudo-pressure 

which was originally proposed forsolution gas drive reservoirs. The producing gas-oil 

ratio (GOR), PVT properties and the relative permeabilities to gas and oil were used as 

input data. The pseudo-steady-state rate equation for a gas-condensate well can be written 

as follows: 
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This equation can also be written by using formation volume factors if the black 

oil PVT analysis data is available: 
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 1 1/ (2 141.2)a    for field units (2.8) 

 1 1a   for SI units (2.9) 

The above equation can be rewritten by separating terms for each flow region 

describe in the previous section: 
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The above three terms correspond to regions 1, 2 and 3 explained in the previous 

section respectively. p* in the above equation is the dew point of the producing 

wellstream. If p* is larger than pR, the first integral term will be only from  pwf  to pR and 

second and third integral will not exist. Given the producing GOR, Rp, from the produced 

fluid and other black-oil PVT parameters known, the relative permeability ratio can be 

calculated. From the definition of producing GOR, following equation can be written: 

(1 )
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This equation can be rearranged to give: 
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In addition, the oil relative volume of the flowing gas during a constant 

composition expansion (CCE) is:  

o
roCCE
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By using (2.11), (2.12) and (2.13), the oil relative volume can be estimated from 

the producing GOR and can be compared to the experimental data using the following 

equation: 
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The above approach using a pseudo-pressure can be used to describe the 

condensate build-up behavior and relate available black-oil PVT data to production 

history. However, this approach does not account for the effects of capillary number and 

non-Darcy flow. Chowdhury et al. (2008) proposed a semi-analytical method to 

overcome this problem and they compared the result of this method with that of fine-grid 

compositional simulation. They took the radius as an independent variable whereas 

Fevang and Whitson (1996) assumed the pressure to be an independent variable. They 

applied a radially discretized model to calculate gas and condensate flow between grids 

and the pressure of each grid. As the molar flow rate is constant at steady state, Darcy's 

law can be written in terms of the molar flow rate: 

d
d

2

g g

g rg

N r
p

kh k r



 

 
   

 

 (2.16) 

This equation can be integrated over a given range of pressure or radial distance 

to calculate the molar flow rate of gas. This integration for values of r corresponding to 

rw, r1, r2, ... , rn-1, ro and subsequent summation of all the resulting equations gives the 

molar flow rate of gas as: 
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Analogous equations can be written for the condensate phase. As a starting 

parameter, Po can be calculated from coarse grid-simulations or other analytical methods. 

Then, combined with flash calculations for other parameters, the above equation gives the 

pressure of each grid block without complex numerical simulations. 

ln
2
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j wf

rg w

q r
P P

kh k r
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Additionally, high capillary numbers in the near wellbore region may lead to the 
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reduced residual liquid saturation and an increased relative permeability to gas. This will 

result in increased production compared to the model without capillary number effects. 

The capillary number is the ratio of the viscous force to the capillary force. 

c

k
N




  (2.19) 

When the gravity effect is neglected and the pressure is expressed for radial flow, 

the capillary number can be written as : 

1
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 (2.20) 

At high capillary numbers, the liquid is stripped from the pore space and the 

liquid saturation is lowered. Evidence of this can be seen in the lab (Bang et. al, 2009) 

and in the field. 

Another effect which can be important is the non-Darcy effect seen at high flow 

rates in the near wellbore region. The gas flow rate is lowered when these effects are 

considered. When both non-Darcy effects and capillary number effects are used in the 

reservoir simulation, the resulting well productivity that is calculated can be quite 

different than that predicted if these factors are neglected. The non-Darcy effect can be 

modeled as below in which the term containing β, the coefficient of inertial resistance is 

added to the typical Darcy’s law in radial coordinates. 
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The molar gas flow rate can be written as, : 
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Where the second term represents the non-Darcy effect. 

2.3 METHODS FOR REMEDIATION OF LIQUID BLOCKAGE AND CONDENSATE 

RECOVERY IN GAS-CONDENSATE RESERVOIRS 

Several numerical and experimental studies were performed to verify how the 

liquid blockage which impairs gas productivity can be remediated. Basically, the 

following types of approaches to remediate the gas productivity and enhance condensate 

recovery were considered. One approach is to reduce pressure drawdown or maintaining 

the pressure above the dew point. The other method is to change the phase behavior of 

gas-condensate fluid itself to prevent and/or remediate liquid blockage. 

To achieve better productivity in gas-condensate reservoirs, the wettability 

alteration method (by chemical treatment) in the near wellbore region has been 

considered. This method will change the wettability of the treated region to decrease the 

liquid saturation and increase gas relative permeability. Li and Firoozabadi (2000) 

proposed the wettability alteration method by changing the wettability from liquid-

wetting to preferential gas wetting. Firoozabadi et al. (2000, 2002 and 2007) have 

conducted a successive experimental work by chemically treating Berea sandstone cores 

and measuring the relative permeabilities to oil and water both at room temperature and 

reservoir temperatures with water solutions, not gas-condensate fluid and has a limited 

success. As an additional theoretical work, they also applied network models to see the 

effect of interfacial tension, viscous forces and wettability on the gas and condensate flow. 

Kumar et al. (2006) has shown the improvement in steady state relative 

permeabilities to condensate and gas by factors of about two in the reservoir cores by 

treatment using non-ionic surfactants and synthetic gas-condensate fluid. Bang et al. 

(2008, 2010) used a fluorinated chemicals in propylene glycol and isopropanol to use for 

the chemical treatment of propped fractures and reported substantial improvement factors 



10 

 

of about two in gas and oil permeabilities. The alteration of wettability after treatment 

was evaluated by measuring the USBM wettability index of the treated cores and it 

showed that the signification amount of the surfactant was adsorbed to ensure the 

durability of the treatment. The effect of high flow rate and non-Darcy flow was also 

investigated by Noh and Firoozabadi (2006) and it was shown that the chemical treatment 

is also effective in the high flow rate conditions. 

Further to the laboratory core flood experiments, chemical treatment method was 

applied to the actual gas-condensate reservoirs. Butler et al. (2009) reported their 

experience in which they brought this technology into field based on the laboratory 

improvement factor of about two. A blocked gas well was stimulated to show the initial 

results of the field trial was successful and durable for thousands of pore volumes of 

subsequent flow of gas-condensate fluid in the near wellbore. 

Methanol as a solvent to restore the relative permeability to gas found to increase 

the end-point of the relative permeability to gas by a factor of 1.2 to 2.5 in the work of 

Liangui et al. (2000) This was possible by the miscible displacement of the condensate 

and water phases by methanol. As methanol is relatively inexpensive solvent, a field test 

was also performed based on laboratory results and a single-well numerical simulation as 

reported by Al-Anazi et al. (2005) This methanol treatment to a damaged well showed a 

production increase by a factor of two over the first four months and 50% thereafter. 

Theis estimation for the skin of the well was found to be reduced from 0.68 to -1.9. 

However, the compatibility of the methanol with the reservoir brine and the formation 

fines requires an extensive investigation before the application of the methanol treatment. 

2.4 GAS RE-INJECTION TECHNIQUES FOR REMEDIATION OF LIQUID BLOCKAGE  

Gas re-injection is another possible method that has been used to recover the 

trapped condensate and to improve the well productivity. Ahmed et al. (1998) suggested 
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the suitability of periodic gas injection techniques (also called as huff 'n' puff method) to 

recover condensate. A compositional model based on Peng-Robinson EOS was utilized in 

this research. Methane, carbon dioxide, nitrogen, and different combination of gases were 

tested and it was shown that pure carbon dioxide injection was the most effective solvent 

which effectively improved gas productivity. It was also shown that liquid blockage can 

worsen by injecting an insufficient amount of gas. It was additionally suggested that huff 

'n' puff is most effective only when it is applied before the maximum drop out of 

condensate phase is generated in the reservoir. 

However, the most significant drawback of this method is that, although the gas 

injection removes or reduces the liquid bank near the wellbore, the condensate can 

accumulate again with the onset of production.  Zaitsev et al. (1996) used compositional 

simulation with radial grid blocks to show this transient phenomenon. They also tested 

the effectiveness of various gases including nitrogen, methane, carbon dioxide and 

separator gas to demonstrate this cleaning effect. Carbon dioxide and the separator gas 

were shown to be the most effective. Hence, the huff 'n' puff method is a relatively 

temporary remediation method while the wettability alteration method described in the 

previous chapter is a long-term solution. 

Horizontal wells were also been used to reduce the impact of condensate blockage 

in gas-condensate reservoirs. Villalba (1996) presented a field case of production 

revitalization for a mature volatile and gas-condensate reservoirs using three horizontal 

wells. Horizontal wells were used as a potential option to minimize gas channeling and 

maximize the drainage area, increase production rate and ultimate recovery. However, the 

detailed mechanism for the remediation of productivity or condensate recovery were not 

described. Dehane et al. (2000) compared the performance of vertical and horizontal 

wells in gas-condensate reservoirs under various depletion schemes. Drawdown pressure 
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is shown to be smaller for a horizontal well compared to that of vertical wells and hence 

the condensate blockage was reduced. Miller et al. (2010) have performed detailed 

research on what fraction of increased gas production in a horizontal well is due to the 

increased formation contact and what fraction results from condensate blockage reduction. 

Due to the smaller drawdown pressure than a vertical well, the timing when dew point 

pressure is reached has been delayed in horizontal wells. Additionally, the ratio of 

horizontal well PI to vertical well PI is around 3 before the dew point and around 6 after 

the dew point.  

Aside from the injection methods including huff 'n' puff and horizontal wells, 

large scale gas re-injection has also been considered.  Here the condensate displacement 

occurs on a field scale rather than using the same well as both an injector and a producer. 

As methane injection can often not be implemented for economic reasons, e.g. proximity 

to well-developed market, research on nitrogen as an alternative to methane was 

performed by Sänger and Hagoort (1998). Slim-tube experiments and numerical 

simulation using both nitrogen and methane were performed and compared. It was shown 

that the displacement of gas condensate by both injection fluids is a developed miscible 

process which results in high condensate recoveries. The recovery is adversely affected 

by dispersion and nitrogen was more sensitive to this than methane. Linderman (2008) 

also showed that substituting nitrogen for hydrocarbon gas during gas cycling has the 

potential to accelerate the production of gas. However, increasing nitrogen gas 

production in the later field life may require modification of treatment facilities including 

additional nitrogen removal facilities. 
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Figure 2.1: Pressure-Temperature phase diagrams for typical reservoir fluid of gas-

condensate reservoirs and that of condensate bank, Chowdhury et al. (2008) 

 

 

Figure 2.2: Three regions of flow behavior in a gas-condensate well, Fevang  et al. (1996) 
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Chapter 3 :   Setup and Procedure for Numerical Simulation 

 

3.1 SIMULATION CASES  

3.1.1 Simulation models 

For the evaluation of condensate bank remediation, various numerical simulation 

models were built to describe saturations and flow behavior of each phase and to model 

production performance. Commercial reservoir simulator, STARS and GEM from 

Computer Modeling Group (CMG) were used for numerical reservoir simulation. 

WINPROP from CMG was used for fluid characterization and tuning of EOS parameters 

to match available experimental PVT data. The following reservoir and well models were 

designed for numerical simulations.. 

 

 Well Model 1: Periodic injection of gas into the same well (huff 'n' puff 

model).  

 The first model simulated was a huff 'n' puff model. In this model, dry gas was 

periodically injected to recover condensate and enhance the gas productivity. The 

production well was also used as an injection well alternately. The injection duration was 

assumed to be 20 days per year. Production was continued during the remaining period 

(which is 345 days per year). The cumulative gas injection was assumed to be 10~12% of 

cumulative gas production. 

 

Well Model 2: Gas injection on 5-spot well pattern.  

The next model simulated was the recycling of produced gas on a 5-spot well 

pattern. Part of the produced gas was separated and injected to enhance condensate 
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recovery and gas productivity. Injection was continued simultaneously with ongoing 

production. 25% of produced gas was assumed to be separated and injected into the 

injection well. This model represents a simplified field scale gas injection scenario.  

 

Well Model 3: Gas injection into closely aligned horizontal wells in parallel 

(injector top, producer bottom).  

The following four models were also built to describe the enhancement of gas 

productivity in horizontal well configurations. The injection well is closely located in 

parallel with a production well in these well models. As with the previous case, some part 

of the produced gas was separated and recycled to the injection well. Several well 

configurations were tested in these models. In one simulation, injection and production 

wells were aligned in parallel to each other in the same vertical plane.  

 

Well Model 4: Gas injection on closely aligned horizontal wells in parallel 

(injector bottom, producer top).  

In this well configuration, gas was injected into the upper horizontal well and 

produced from the lower well. The two wells are in the same vertical plane as in the Well 

Model 3. 

 

Well Model 5: Gas injection on closely aligned horizontal wells in parallel 

(injectors side, producer center).  

Horizontal wells aligned in a horizontal plane were also tested. Three wells were 

designed to place the injection well in the middle and production wells on the two sides. 

  

Well Model 6: Gas injection on closely aligned horizontal wells in parallel 
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(injector center, producer side).  

This well placement is an alternate version of Well model 5. Two producers are 

located on the side and one injector is located in the center of two horizontal wells. 

These models are visualized in Figure 3.1. 

3.1.2 Purpose of gas injection in each model 

In the huff 'n' huff model described above, periodic injection helps with 

vaporization of condensate which has been built up during the production phase.  Since 

the injected gas is from the separator, the dew point pressure of the injection gas is much 

lower than that of the reservoir fluid. Typically, the dew point pressure of initial reservoir 

fluid ranges from 4,000 to 6,000 psia at reservoir temperature and that of separator gas 

has lower values (less than 2,000 psia) in a temperature range between injection and 

reservoir temperature. Hence, by the injection of the lighter hydrocarbon components, the 

phase behavior of the mixed reservoir fluid will become lighter than the original fluid and 

a significant amount of condensate fluid will vaporize. 

As the distance between wells is in order of one thousand feet in the second 

model, the purpose of gas injection in this model is not to vaporize the near wellbore 

condensation, but to maintain the pressure in the field. The methane will act as a solvent 

to sweep the residual condensate out down to below condensate saturation of zone 3 

shown in the Figure 2.2. This will effectively delay the liquid banking near wellbore and 

eventually enhance the condensate recovery. However, in the horizontal well models, the 

injection and production wells are located closer than that of the 5-spot well pattern 

model.  

In all cases, the gas injection helps primarily with vaporization of condensate near 

the production well. In addition, gas injection increases the overall pressure of the field 

and helps to maintain the pressure near the production well to over the dew point pressure. 
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3.2 SIMULATION MODEL SETUP 

3.2.1 Reservoir models 

The main purpose of the numerical reservoir simulations designed in this study is 

to calculate the phase behavior and rock-fluid characteristic near the wellbore to properly 

explain the flow of gas and condensate in that region. This will be accomplished only by 

the proper design of the grid block model in the near-wellbore region. Typical reservoir 

full field models have grid blocks which ranges over 100 ft per one block. However, the 

fluid saturation and flow characteristic greatly differ within a few feet inside grid block 

near wellbore when condensate builds up. Hence, a significant error can be brought about 

by using the full field grid block models without any modification when describing the 

liquid blockage phenomenon near wellbore in gas-condensate reservoirs. Local grid 

refinement can be utilized to address this problem when using full field reservoir model. 

However, difficulties in numerical calculation may arise when complex grid block model 

is in use.  Hence, for the purpose of this study, simplified grid block models with refined 

grids near wellbore were used. 

Refined grid block models were designed to fully understand the fluid saturation 

and change of fluid behavior near wellbore. The grid block sizes adjacent wellbore range 

from less than 1ft and gradually increase when the distance from the wellbore increases. 

Cylindrical grid block design was applied to the huff 'n' puff model to describe radial 

flow and the Cartesian grid block model was used to the other simulation models which 

describe various flow patterns within more complex models. These simulation models 

were used as base case models for the following sensitivity study case models. Then, the 

effects of various parameters which include well configuration, initial fluid property, 

injection condition and etc. have been investigated based on the quantitative comparison 

with those of the base case models. 
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For the huff 'n' puff model, the radius of cylindrical reservoir was assumed to be 

4079 ft and the thickness to be 120 ft. The size of near wellbore grid block started from 

0.4 ft and was set to gradually increase to the farther region from the well. For the five-

spot well pattern, the length of the one side of rectangular pattern was set to be 1,980 ft 

and the distance between producer and injector was set 1,400 ft and the thickness of the 

reservoir to be 100 ft. In all horizontal well models, the reservoir dimension was designed 

to be 5,869 × 5,741 × 120 ft and this gave the same reservoir volume to that of cylindrical 

model of huff 'n' puff case. The length of horizontal wells were assumed to be 1,000 ft. 

The porosity was assumed to be 21 % for all the simulation models. The 

horizontal permeability was assumed to be 50md and the vertical permeability was 

assumed as 5md. As the effect of the temperature was also taken into account, the 

thermal conductivities of each fluid and solid phase was also assumed. These data are 

summarized inTable 3.1. 

3.2.2 Fluid Characterization 

Gas-condensate fluids are required to be handled carefully in the numerical 

compositional simulation as they can change their phases within the pressure and 

temperature range in the reservoir or the wellbore condition during production. These 

phase behavior will affect the relative permeabilities to gas and condensate and the 

mobility of each phase in turn. Hence, it is crucial to describe the fluid characteristic 

properly.  

Most Gas-condensate reservoirs are initially in the pressure above the dew point 

at the reservoir temperature. They typically exist initially in the form of gas phase and the 

liquid phase is developed from near wellbore region as the pressure declines below dew 

point pressure as production proceeds. The fluid characteristics including phase behavior 

are greatly dependent on the properties of each component or pseudo-component and 
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composition. In addition, heavier components have various isomers for the same carbon 

number components and hence they have different characteristics by the presence of 

different isomers. Hence, the tuning procedure for EOS parameters to match the available 

experimental PVT data is required to represent more realistic fluid.  

Several experimental PVT analyses performed were available which has been 

acquired during exploration and development stage of gas-condensate fields and the 

components of simulation fluid in this study were characterized based on some of these 

PVT analysis reports. CMG’s pre-processor for phase behavior calculation, WINPROP 

was used to develop the fluid characteristics and the results were exported to CMG’s 

compositional simulator, GEM and thermal and multi-purpose simulator , STARS.  

PVT analysis of recombination fluid was used as the basis of synthetic reservoir 

fluid composition. Pentane plus components were split into 5 pseudo-components and the 

critical parameters and the binary interaction coefficients between pseudo-components 

and non-hydrocarbon components were tuned to match the PVT analysis data.  

The experimental results of CVD (Constant Volume Depletion) and CCE 

(Constant Composition Expansion) from the PVT analyses were used for the tuning of 

EOS parameters. The maximum liquid drop-out in CVD analyses were 2.5 % in the 

experimental data and the liquid drop-out of synthetic fluid was tuned to this in the base 

case fluid. Liquid drop-out is the important characteristic parameter that affects the 

cumulative condensate production history when the gas cumulative production and the 

pressure decline history were matched to those of field data. Hence, if the pressure 

decline and the cumulative production is required to match the production history, this 

can be accomplished by adjusting EOS parameters by proper tuning procedure. 

CVD and CCE data calculated by the tuned EOS parameters and experimental 

data from available PVT analysis report at the reservoir temperature, 293
°
F were 
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compared in the figures. Figure 3.2 shows the comparison of liquid drop-out calculation 

of WINPROP and PVT experimental data for the base case fluid model. The dew point 

pressure was matched to be 4,993 psia and the liquid drop-out was a value between two 

experimental PVT data. Comparisons for CCE data are following in the figures. Figure 

3.3 shows the comparison of CCE relative volume and Figure 3.4 is for the comparison 

of CCE liquid drop-out. Gas viscosity was also compared in Figure 3.5 and Figure 3.6 

compares the gas compressibility factor. The calculated values are all in good agreements 

with the experimental results in the PVT analysis.  

Based on the set of components with the EOS parameters tuned, pressure-

temperature phase diagram was generated as in the Figure 3.7. It was noted that this 

phase envelope shown here may not be closed in the lower temperature range than 0˚F. 

This is due to the fact that the phase calculation is based only on the tuning to the 

experiments at the reservoir temperature, not on the various temperature ranges. 

However, it is still fit to the purpose of this study as the reservoir simulation only deals 

with temperatures between injection and reservoir temperatures and the phase envelope 

shows a correct behavior within this temperature range. Summary of the thermodynamic 

properties of components used for the simulation is given in Table 3.1. Then, the 

component properties were exported to the main numerical simulations. Exported data 

include K-values which represent volatility for each components. K-values for key 

components were shown in figures from Figure 3.8 through Figure 3.11. 

Using the same component properties, the other initial reservoir fluids were also 

generated. The EOS parameters tuned by the previous PVT experiment were also used 

and several initial reservoir fluids were made by modifying compositions. These data 

were exported to main simulation files and used to find out how the condensate recovery 

and gas productivity change with different initial reservoir fluids. Difference in these 
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initial reservoir fluids are compared in P-T phase diagrams and CVD analysis. Phase 

diagrams are compared in Figure 3.12 and CVD analysis of fluids are compared in Figure 

3.13. The compositions are summarized in Table 3.4. Dew point pressures of the fluids 

are adjusted to be around 5,000 psia at the reservoir temperature assumed to be 293˚F to 

make the fluids start to drop out to liquid at around the similar pressure condition which 

will eventually give the similar onsets of condensate banking from reservoir simulations.  

Injection gases were characterized by flash calculations using the same 

components. Numbers of pressure and temperature conditions of separator were assumed 

and flash calculations were performed at these conditions. The initial reservoir fluids 

were used as the feed fluid. Regardless of the composition of the feed fluids, whether 

they are heavy or light, the composition of the separated gas is mostly dependent on the 

pressure and temperature condition of the separator. Following separator conditions were 

assumed: [1,500 psia and 150˚F], [2,000 psia and 150˚F] and [2,500 psia and 100˚F]. 

Phase envelopes of the separated gas are compared as in Figure 3.17 and Figure 3.18. 

These two figures show the resulting fluids from the different feed fluids. As mentioned, 

they gives almost the same results and it can be seen that the separated gas are more 

dependent on the separator condition rather than the composition of the feed fluid. 

Separated gases have dew points from 1,500 psia to 2,500 psia in the temperature ranges 

between injection and reservoir conditions. 

3.2.3 Rock-Fluid Properties and Initialization 

Rock-fluid properties were mainly described by the relative permeability 

properties of the reservoir rock. The connate and residual saturation of each phase and 

relative permeability characteristics, e.g. Brookes-Corey exponents are often obtained 

from special core analysis (SCAL). These tests are carried out for the reservoir cores and 

typically both water-oil and gas-oil relative permeabilities are measured using the 
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unsteady state analysis technique. Relative permeability model used for the base case 

simulation was imported from geological modeling and the SCAL data from specific 

field.  The endpoint relative permeabilities and exponents both for water-oil and oil-gas 

two-phase relative permeability model were applied to the CMG STARS’ calculation of 

three-phase relative permeability models. The three-phase relative permeability to oil was 

calculated based on the Stone’s second model normalized by Aziz and Settari (1979).  

Two-phase oil relative permeabilities of oil-water and oil-gas phase are shown in 

the Figure 3.14. Three-phase relative permeability to oil is calculated as in the Figure 

3.15 based on the two-phase relative permeability models. Stone's second model 

normalized by Aziz and Settari was used in this simulation study. In addition, to have 

proper insights into the fractional flow in the reservoir condition, fractional flow of gas 

was calculated by applying the fractional flow theory to oil and gas flow. Relative 

permeabilities to gas and oil are calculated by the Stone's second model again. Viscosity 

of oil ranges from 0.14 to 0.20 cp in the reservoir condition and that of gas ranges from 

1.55×10
-2

 to 1.93×10
-2

 cp. Values of gas and oil viscosity in the reservoir condition were 

assumed to be 0.017 cp and 0.17 cp respectively in this calculation. The resulting 

fractional flow of gas versus gas saturation was shown in Figure 3.16. Fractional flow of 

gas increased up to 1 when the gas saturation was higher than 0.4 or when the liquid 

saturation is lower than 0.6. Hence this information will indicate how the condensate will 

flow near wellbore region when the saturation is calculated. This will further be used for 

the analysis of the result in the following chapter. 

The initial reservoir condition was assumed to be 5,800 psia and the temperature 

was assumed to be 293
°
F throughout the models. As the dew point pressure is around 

5,000 psia for all the simulation cases, the condensate banking will be initiated a while 

after the production begins. Hence, the initial condensate saturation were assumed to be 
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effectively zero and the initial water saturations were set to be 0.42 which was imported 

from the near-wellbore data in the available full-field model. They have approximately 

similar values with the connate water saturation.  

Capillary curve data can be used to compare with a case where there is no 

capillary pressure applied into the model. For gas-condensate reservoir without driving 

mechanism other than primary drainage, the results typically show that only 1~3% 

difference in gas in place was observed between the case with and without capillary 

pressure effect. It was assumed that small transition zones are negligible in this study. 

Practically, it can be reasonable if the transition zone is less than the order of 1~2 feet. 

Then, the capillary pressure can be deactivated especially in the numerical reservoir 

simulation and the simulation can be performed without aquifer or any other phase 

transition. However, if the capillary pressure needs to be applied, Leverett J-function will 

be the approach to derive the relationship between the capillary pressure effect and the 

height above water contact. In this simulation study, these aspects are not considered for 

initialization options but the saturation of each phases were assumed to be constant 

throughout the reservoir grid blocks. 

3.3 OPERATIONAL PROCEDURES FOR EACH SIMULATION MODELS 

For the six well models discussed above, various initial gas compositions and 

injection gas conditions was tested to see the effect of gas injection techniques on the 

condensate recovery and gas productivity. As the purpose of this study is to differentiate 

the effectiveness by investigating the cumulative production rate, constant gas production 

rate was used for the well constraint for all simulation models. Hence, the behavior of 

drawdown caused by the saturation distribution and resulting relative permeabilities to 

gas and condensate can be also looked into simultaneously. 

For the huff 'n' puff model, a single well is used as the production well for 345 
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days and the injection well for 20 days alternately. Hence, the production-injection cycle 

was considered 1 year and this cycle started from the beginning of production. Production 

rate was constrained in the simulation to be 20 MMscfd and the injection rate was 

assumed to be 40 MMscfd. Then, the cumulative gas and condensate production versus 

declining well bottom-hole pressure was compared with the base case model in which 

injection well was shut in without injection.  

For the 5-spot well pattern model, production rate was set to be 40 MMscfd and 

the injection rate 10 MMscfd which in turn gives 2.5 MMscfd per well. Hence, 25 % of 

the produced gas was assumed to be separated and re-injected to the injection wells. The 

same recycling proportion was also applied to the horizontal well cases. 25% of the 

production was used for re-injection. The same production results were recorded as in the 

huff 'n' puff model.  
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Figure 3.1: Well models in 3-D view 
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Figure 3.2: Comparison of liquid drop-out of CVD calculation 
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Figure 3.3: Comparison of relative volume of CCE calculation 
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Figure 3.4: Comparison of liquid drop-out of CCE calculation 
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Figure 3.5: Comparison of gas viscosity and of CCE calculation 
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Figure 3.6: Comparison of gas compressibility factor of CCE calculation 
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Figure 3.7: P-T phase diagram of simulation fluid 
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Figure 3.8: K-value (gas mole fr./liquid mole fr.) for component 'C1' 
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Figure 3.9: K-value (gas mole fr./liquid mole fr.) for component 'NC4' 
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Figure 3.10: K-value (gas mole fr./liquid mole fr.) for component 'C09-C11' 
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Figure 3.11: K-value (gas mole fr./liquid mole fr.) for component 'C16+' 
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Figure 3.12: Comparison of phase envelopes of various initial reservoir fluids. Maximum 

LDO values are those at T=293˚F 

0

5

10

15

20

25

30

35

40

0 1,000 2,000 3,000 4,000 5,000 6,000 7,000

L
iq

u
id

 V
o

lu
m

e
, 
%

 O
ri
g

in
a
l 

v
o

l.

Pressure (psia)

max LDO = 2.5 %
max LDO = 9.8 %
max LDO = 15.7 %
max LDO = 23.8 %
max LDO = 29.9 %

 

Figure 3.13: Comparison of CVD liquid dropout of various initial reservoir fluids 



32 

 

 

 

 

 

 

0.0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1.0

0.0 0.2 0.4 0.6 0.8 1.0

k
r

Sw

krw

krow

0.000001

0.000010

0.000100

0.001000

0.010000

0.100000

1.000000

0.0 0.2 0.4 0.6 0.8 1.0

k
r

Sw

krw

krow

0.0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1.0

0.0 0.2 0.4 0.6 0.8 1.0

k
r

Sl

krg

krog

0.000001

0.000010

0.000100

0.001000

0.010000

0.100000

1.000000

0.0 0.2 0.4 0.6 0.8 1.0

k
r

Sl

krg

krog

(a) water-oil two-phase relative permeability model

(b)oil-gas two-phase relative permeability model
 

Figure 3.14: Two-phase relative permeability models 
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Figure 3.15: Relative permeability to oil in three-phase flow (by Stone’s second model 

normalized by Aziz and Settari) 
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Figure 3.16: Fractional flow of gas in immiscible gas-liquid flow 
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Figure 3.17: Pressure-Temperature diagram of injection fluid: obtained from flash 

calculation of  reservoir fluid 1 at different conditions 
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Figure 3.18: Pressure-Temperature diagram of injection fluid: obtained from flash 

calculation of  reservoir fluid 2 at different conditions 
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Table 3.1: Key reservoir properties used in simulations 

Reservoir properties Value 

Porosity, φ 0.21   

Horizontal permeability, kh 50 md 

Vertical permeability, kv 5 md 

Irreducible water saturation, Swi 0.36  

Relative permeability at Swi 0.65  

Reservoir height, h 120 ft 

Gas plateau rate, qgas 20 MMscfd 

Initial reservoir pressure 5800 psia 

Initial reservoir temperature 293 degF 

Water compressibility 2.67x10
-6

 psi
-1
 

Rock compressibility 5.00x10
-6

 psi
-1
 

Thermal conductivity - Rock 44.0 Btu/ft-day-˚F 

Thermal conductivity - Water 8.6 Btu/ft-day-˚F 

Thermal conductivity - Oil 1.8 Btu/ft-day-˚F 

Thermal conductivity - Gas 1.0 Btu/ft-day-˚F 

Volumetric heat capacity of overburden 35.0 Btu/ft3-˚F 

Thermal conductivity of overburden 24.0 Btu/ft-day-˚F 
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Table 3.2: Thermodynamic properties of components used in the calculation of equation 

of state 

Component Mol % Pc Tc Vc ω Vshift SG Tb MW 

  (atm) (K) (m
3
/kgmole)    (

o
F)  

CO2 5.300 72.80 304.2 0.0940 0.23 0 0.818 -109.21 44.01 

N2 0.090 33.50 126.2 0.0895 0.04 0 0.809 -320.35 28.01 

C1 80.540 45.40 190.6 0.0990 0.01 0 0.300 -258.61 16.04 

C2 5.600 48.20 305.4 0.1480 0.10 0 0.356 -127.57 30.07 

C3 3.340 41.90 369.8 0.2030 0.15 0 0.507 -43.69 44.10 

IC4 0.800 36.00 408.1 0.2630 0.18 0 0.563 10.67 58.12 

NC4 0.830 37.50 425.2 0.2550 0.19 0 0.584 31.19 58.12 

C5-C6 1.232 38.87 480.1 0.2750 0.23 -0.0292 0.696 98.43 74.64 

C7-C8 0.798 30.82 585.8 0.3887 0.32 -0.0507 0.741 215.86 102.69 

C9-C11 0.703 25.12 652.2 0.5136 0.48 0.0010 0.780 327.68 136.50 

C12-C15 0.445 20.21 699.7 0.6757 0.51 0.0492 0.819 452.62 183.85 

C16+ 0.322 14.72 836.2 0.9740 0.70 0.1100 0.876 655.80 280.59 

H2O 0 217.60 647.3 0.0560 0.34 0 1.000 212.00 18.02 

 

Table 3.3: Binary interaction coefficients used in the calculation of equation of state 

Component CO2 N2 C1 C2 C3 IC4 NC4 
C5 
-C6 

C7 
-C8 

C9 
-C11 

C12 
-C15 

C16+ 

CO2             

N2 -0.020            

C1 0.103 0.031           

C2 0.130 0.042 0          

C3 0.135 0.091 0 0         

IC4 0.130 0.095 0 0 0        

NC4 0.130 0.095 0 0 0 0       

C5-C6 0.150 0.120 0 0 0 0 0      

C7-C8 0.150 0.120 0 0 0 0 0 0     

C9-C11 0.150 0.120 0 0 0 0 0 0 0    

C12-C15 0.150 0.120 0 0 0 0 0 0 0 0   

C16+ 0.150 0.120 0 0 0 0 0 0 0 0 0  
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Table 3.4: Compositions of the initial reservoir fluids 

Fluid ID 01 02 03 04 05 

H2O 0.00000 0.00000 0.00000 0.00000 0.00000 

CO2 0.05300 0.05300 0.05300 0.05300 0.05300 

N2 0.00090 0.00090 0.00090 0.00090 0.00090 

C1 0.80540 0.72510 0.68510 0.65410 0.63810 

C2 0.05600 0.06000 0.06000 0.06000 0.06000 

C3 0.03340 0.04000 0.04000 0.04500 0.04500 

IC4 0.00800 0.01700 0.01700 0.01900 0.02100 

NC4 0.00830 0.01700 0.01700 0.01900 0.02100 

C05-C06 0.01232 0.03700 0.06000 0.06800 0.07050 

C07-C08 0.00798 0.01800 0.02500 0.02700 0.02950 

C09-C11 0.00703 0.01500 0.02200 0.02500 0.02700 

C12-C15 0.00445 0.00900 0.01000 0.01500 0.01800 

C16+ 0.00322 0.00800 0.01000 0.01400 0.01600 

Total 1.00000 1.00000 1.00000 1.00000 1.00000 

Max LDO 2.5% 9.8% 15.7% 23.8% 29.9% 

 

Table 3.5: Compositions of the injection fluids 

Fluid ID 01 02 03 

Separator  P (psia) 1500 2000 2500 

Separator  T (˚F) 150 150 100 

H2O 0.000000 0.000000 0.000000 

CO2 0.054032 0.054032 0.054032 

N2 0.000932 0.000932 0.000932 

C1 0.828333 0.828333 0.828333 

C2 0.056317 0.056317 0.056317 

C3 0.032363 0.032363 0.032363 

IC4 0.007408 0.007408 0.007408 

NC4 0.007486 0.007486 0.007486 

C05-C06 0.009685 0.009685 0.009685 

C07-C08 0.002714 0.002714 0.002714 

C09-C11 0.000603 0.000603 0.000603 

C12-C15 0.000127 0.000127 0.000127 

C16+ 0.000002 0.000002 0.000002 

Total 1.000000 1.000000 1.000000 
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Chapter 4 :   Numerical Simulations for Gas Injection Models 

 

4.1 CYCLIC GAS INJECTION 

4.1.1 Introduction to Cyclic Gas Injection Techniques 

Cyclic or periodic gas injection was simulated by using the properties as 

described in the previous chapter. Five initial compositions were used which have 

different maximum liquid dropout ranging from 2.5% to 29.9% to study the effect of gas 

injection techniques on lean and rich gas-condensate reservoirs. Three different sets of 

injection gas compositions were also injected to study the compositional effect of the 

injection gas. Additionally, two different injection temperatures were investigated to see 

importance of thermal effects on the gas productivity and condensate recovery. Hence, 

six sets of different injection conditions were used for five different initial reservoir fluids 

and 30 sets of simulations were performed to see the combined thermo-compositional 

effect. Cumulative gas and condensate production till the abandonment bottom-hole 

pressure of 1,000 psia was recorded for each simulation and these data were used for the 

quantitative comparison shown in Table 4.1. 

4.1.2 Simulation Results of the Base Case Model 

In the base case simulations, no injection was performed. The condensate build up 

near wellbore was verified during production stages. This behavior is shown in Figure 4.1 

for the 10% maximum liquid dropout case. As previously described in Figure 2.2, this 

simulation result shows three regions of condensate saturation which grow with time. The 

near wellbore region has about 70% condensate saturation and the condensate saturation 

in the farthest region decreases to 10% (which is close to the maximum liquid dropout 
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value). It can be noted that the transition region propagates up to about 100ft from the 

wellbore which significantly affects the loss of gas productivity and volume of 

unrecoverable condensate when the field is abandoned. 

4.1.3 Investigation of Sensitivity to Compositional Effect 

Figure 4.24 and Figure 4.25 show the cumulative gas and condensate production 

when the bottom-hole pressure declines from the initial pressure to the depletion point of 

the reservoir. They were compared with the base case model in which no injection was 

performed. These figures show the periodic increases of bottom-hole pressure while 

pressure declines and these are caused by periodic injection of gas. Once the well is back 

online for the production period, a significant amount of gas which was injected returns 

to production. Because of this effect, the production rate increases temporarily after 

injection periods. However, the as condensation near wellbore starts to happen again, the 

gas productivity declines. When the cumulative production volumes are compared with 

that of the base case, this phenomenon can easily be noticed in Figure 4.24 and Figure 

4.25. Hence, this temporary increase in the productivity needs to be removed and the 

effective cumulative production is shown as a thick red line in Figure 4.24. After similar 

processes which eliminate the temporary increase of productivity, the other simulation 

runs were compared and summarized in Table 4.1. As mentioned previously, cumulative 

gas and condensate production were recorded till the bottom-hole pressures decline 

below 1,000 psia ( abandonment condition). 

The amount of the cumulative injected gas was subtracted from the total 

cumulative gas production and this was compared to the cumulative gas production in the 

base case. This is shown as the gross incremental gas production. In addition, gas 

injection for the different cases require additional energy consumption for the injection 

process. Compressor and relevant utilities and coolers, knockout drums to remove 
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condensed liquid possibly consume additional energy. In many field cases, this energy 

can come from the fuel gas which is drawn from the produced gas. In the next paragraph 

I investigated whether this additional fuel consumption is significant.  

The calculation procedure for fuel gas consumption is shown in the Appendix A.1. 

According to the calculation, the discharge gas from the compressor can have a 

temperature ranging from 240 to 340˚F according to the discharge pressure. Hence, this 

compressed gas is practically hot gas and can be injected without a heating process to 

enhance condensate vaporization and recovery. However, depending on the injection 

facilities, the practical injection temperature at the wellhead can vary. For example, if the 

injection flowline is located subsea, the injection temperature may decrease by cooling by 

the seawater. Hence, in this simulation study, it was assumed that no additional heating of 

the gas is required before injection and the temperature of  the injection gas is 110, 200 

and 280˚F respectively considering different situations for injection facilities. 

Hence, the "net" cumulative gas production was calculated from "gross" 

cumulative gas production by subtracting the cumulative amount of injection gas and the 

fuel gas consumed for injection process. Cumulative condensate production was directly 

compared with that of the base case model. In Table 4.1, 30 simulation cases were 

compared. They are composed of 5 groups which contain different initial fluid 

compositions. Within those groups, different injection compositions and temperatures 

were tested to see the thermo-compositional effect on productivity. For the same injection 

conditions, the effect of initial fluid compositions can be compared. For the huff 'n' puff 

model, a reservoir fluid with 15.7% condensate dropout gave the best incremental gas 

production. For the condensate, the reservoir fluid with 9.8% liquid drop out gave the 

highest incremental condensate production by the huff 'n' puff method. These results are a 

bit surprising because they show that the incremental condensate and gas recovery is not 
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maximum for the leanest or the richest fluid.   

Figure 4.2, shows the change of the oil saturation near wellbore with time. This 

figure shows the oil saturation during one injection-production cycle from when the 

injection period starts to the time right before the next injection cycle commences. At 

about 200 ft from well bore, an annular shaped low saturation region can be found. This 

region remains regardless of the injection-production cycle. The existence of this annular 

region with low oil saturation can enhance the gas productivity and condensate recovery 

by the high mobility induced within this region. This effect can contribute more in some 

simulation cases and led to the high recovery. 

4.1.4 Investigation of Sensitivity to Thermo-Compositional Effect of Injection Gas 

Within each group with the same initial reservoir fluid, six different conditions of 

injection gas were tested. Different compositions derived from three different conditions 

of separator were tested and three different injection temperatures are tested for each 

initial fluid group. The cumulative gas and condensate production were not sensitive to 

the composition of the injection fluid. No significant change was noticed by changing the 

composition of the injection gas in this huff 'n' puff model as seen in Table 4.1.  

However, by increasing the temperature of the injection gas, a significant amount 

of gas was produced additionally. Net incremental gas production increased from about 

2~4% to 18.4% with the highest injection gas temperature (280˚F compared to cases for 

120˚F). Figure 4.3 shows the cumulative condensate production for a reservoir fluid with 

29.9% maximum LDO. When different temperatures of 110 and 280˚F were injected, for 

the first seven injection-production cycles, the effect of high temperature was only 

temporary. However, it was noted that the effect of high temperature also contributed to 

the condensate recovery and made the production profile of the high temperature case 

higher than that of the lower one after seven injection-production cycles in Figure 4.3. 
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For the gas production, the same phenomenon was identified as in Figure 4.4. 

4.2 FIELD SCALE GAS-RECYCLING 

4.2.1 Introduction to Field Scale Gas-Recycling Techniques 

The injection process simulated for the 5-spot well pattern represents a field-scale 

recycling of the produced gas from a gas-condensate reservoir. The same groups of the 

reservoir fluids and injection conditions as those for the huff 'n' puff model were used. 

Thus, simulation sensitivity cases are the same with the previous huff 'n' puff model. 

Cumulative production of gas and condensates are recorded up to the abandonment 

bottom-hole pressure of 1,000 psia. The results are summarized in Table 4.2. 

4.2.2 Simulation Results for Base Case 

The results of the base case show the characteristic build up of condensate near 

wellbore and this behavior leads to the equivalent impairment of gas productivity when 

compared with the previous huff 'n' puff case. By comparing the cumulative production 

of each model versus declining bottom-hole pressure, the base case model can be 

validated.  

4.2.3 Investigation of Sensitivity to Operational Constraints 

The results of the models with gas re-injection show that the amount of gross 

incremental gas is negligible. The additional gas produced is close to zero in almost all 

cases. However, it can be noted that the condensate recoveries by gas injection were 

significant for all injection cases. They were about 30% in all cases. This is a significant 

amount of condensate recovery compared to the other well models. Hence, the 

effectiveness of this injection technique mainly lies in the enhanced condensate recovery. 

As the injection gas is dry gas, mainly composed of methane, (over 82%), the injection 

process effectively becomes a solvent flood with this range of compositions of initial and 



43 

 

injection fluids. The injected gas near the injection well almost completely vaporizes the 

condensate which has been built up. In the regions where the pressure is above the dew 

point pressure of the mixed gas, the condensate saturation falls to almost zero. 

When the injection gas and the initial reservoir fluid are miscible at any mixing 

ratio, the displacement by this injection gas will be the first-contact miscible 

displacement. Sänger and Hagoort (1998) explained that the displacement of a gas 

condensate by gas is always multiple-contact miscible in the absence of dispersion. In the 

simulations performed here, the pressure along the injector-producer flow path crosses 

the dew point pressure in the middle and the miscibility depends on the composition of 

the injection gas and reservoir fluid, as well as temperature and pressure. 

4.2.4 Investigation of Sensitivity to Thermo-Compositional Effect 

For the six groups of different reservoir fluids, a sensitivity study to the injection 

composition and temperature was performed. Five different conditions of the injection 

fluids were also used as a set of injection gas and a total of 30 simulations including base 

case models were performed for this study. The injection conditions were the same as 

those of the previous huff 'n' puff models.  

The results show that for the 5-spot well pattern, the cumulative gas and 

condensate production at the abandonment condition were not sensitive to the conditions 

of the injection fluid used. The miscibility of the set of injected gases with the reservoir 

fluid was about the same within the reservoir and operational conditions chosen. That is, 

the miscibility fronts in the simulation sets were not greatly different from each other. 

The composition and temperature conditions of the injection gas were all within a 

practical range. However, if very different types of injection fluid were used, for example, 

nitrogen or methanol, the miscibility characteristics will greatly differ from the case in 

which the separator gas is used. Hence, further understanding and research on the 
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miscibility of these fluids is required to fully explain when the these fluids may used for 

the displacement of condensate in gas-condensate reservoirs.  

4.3 CONDENSATE RECOVERY USING HORIZONTAL WELLS 

4.3.1 Introduction to Gas-Recycling Techniques in Horizontal Wells 

Gas recycling in horizontal well configurations aims to vaporize the condensate 

bank near production wells and/or prevent the condensate from being generated to 

enhance gas productivity. Four well configurations were used and the 30 sensitivity cases 

were tested for each well model. They include the same set of initial fluids and injection 

conditions as in the previous models. The results are summarized in Table 4.3 to Table 

4.6.  

4.3.2 Simulation Results for Base Case 

For the base case simulations of each well model without re-injection, the 

characteristic liquid banking near the production well was identified. Results are shown 

in Figure 4.7 to Figure 4.10. The condensate bank developed homogeneously from the 

heel to the toe of the horizontal production well. When compared to the huff 'n' puff 

model which has the same initial hydrocarbon in place and the other reservoir parameters, 

the cumulative production increase by a horizontal well replacing the vertical well was 

not significant. This also shows qualitatively that the productivity impairment caused by 

the condensate bank are also increased for the high productivity horizontal wells. 

Therefore, it was inferred that the impact of condensate blocking in a horizontal well in a 

gas-condensate reservoir will be similar the impact seen in a vertical well.  

4.3.3 Investigation of Sensitivity to Well Configuration 

The productivity enhancements from gas re-injection differ greatly by well 

configuration in some horizontal well models. However, well models 3 and 4 in which 
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the horizontal wells are aligned in the vertical plane gave very similar results. That 

indicates that the driving force for the production and impairment behaves similarly in 

both cases. Additionally, gravity did not play an important role in both cases and only the 

primary drainage and impairment in relative permeability to gas played significant roles 

for the production. 

However, comparing the above models and Models 5 and 6, differences can be 

found in flow patterns and enhancement behavior in the gas productivity. In well model 5, 

when the wells are in the same horizontal plane and injectors are on the side while the 

producer is located in the center, the injected gas tends to be injected more to the opposite 

ends of the production well. That is, the resistance to flow in the direction of the producer 

is higher and hence the gas productivity is not enhanced in this model. When the 

locations of injector and producer switch over (model 6), the injected gas directly goes to 

the producers on the side. Thus, the gas productivity is not impaired as much as in the 

case of well model 5. Generally, well models in which horizontal wells are aligned in the 

vertical plane gave better increments in production of both gas and condensate. Due to 

the well configurations in well model 5, this model was found to have smaller 

improvements in productivity. 

Figure 4.11 through Figure 4.23 show how the injection gas vaporizes the 

condensate built up near a horizontal well. The middle parts along the length of the 

horizontal well tend to vaporize completely. However, the condensate near the heel and 

toe was not effectively vaporized. This is due to the preferential flow pattern towards the 

middle part of the well and this phenomenon eventually reduces the enhancement in gas 

productivity. 

4.3.4 Investigation of Sensitivity to Thermo-Compositional Effect 

For these four well models (from Model 3 to 6), the previous set of injection 
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conditions were applied. For all the well models, the compositional effect of the injection 

gas behaved similarly. Changing the injection compositions did not affect the 

productivity or the cumulative productions significantly. Instead, the temperature of the 

injection gas made differences in the gas productivity and condensate recovery. The 

highest injection temperature of 280˚F gave significant increases in both results 

compared to the lower injection temperatures.  

 

4.4 EVALUATION OF GAS INJECTION MODELS 

Except in well model 5, gas injection in every well model were found to result in 

the enhancement of gas productivity and/or condensate recovery (when compared to the 

base case of no re-injection)The Huff 'n' puff model and the horizontal well configuration 

models gave a significant enhancement in both gas and condensate cumulative 

production. No significant enhancement in the gas productivity was observed in the 5-

spot well pattern, but it gave a significant additional recovery of condensate as the 

separator gas effectively swept out the condensate built-up throughout the reservoir.  

In addition, thermal effects on the gas and condensate recovery in the huff 'n' puff 

model and horizontal well models were significant as the temperature affected the 

miscibility of the mixture of the reservoir fluid and the injection fluid. However, for the 

practical range of compositions of the injection gas simulated here, the compositional 

effect was not significant in all well models. 



47 

 

10
0

10
1

10
2

10
3

0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1

Distance from wellbore (ft)

O
il 

s
a
tu

ra
ti
o
n

 

 

t = 1 year

t = 3 years

t = 10 years

 

Figure 4.1: Oil saturation versus the distance from wellbore in the base case simulation of 

huff 'n' puff model 
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Figure 4.2: Oil saturation versus the distance from wellbore in huff 'n' puff model during 

one injection-production cycle (simulation no. v23) 
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Figure 4.3: Cumulative condensate production versus declining well bottom-hole 

pressure for initial fluid of max LDO = 29.9 % 
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Figure 4.4: Cumulative gas production versus declining well bottom-hole pressure for 

initial fluid of max LDO = 29.9 % 
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Figure 4.5: Oil saturation of 5-spot well pattern model (areal view; initial reservoir fluid 

of max LDO =29.9%,  t = 6 years) 

 

Figure 4.6: Oil saturation of 5-spot well pattern model (areal view; initial reservoir fluid 

of max LDO =29.9%,  t = 20 years) 
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Figure 4.7: Oil saturation near horizontal well during production in well model 1 without 

injection (t = 0; horizontal width of the block shown: 118 ft, vertical width of the block: 

74 ft; the horizontal length of the well: 1,000 ft; the same dimension also applies to the 

following figures.) 

 

  

Figure 4.8: Oil saturation near horizontal well during production in well model 1 without 

injection (t = 6 months) 
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Figure 4.9: Oil saturation near horizontal well during production in well model 1 without 

injection (t = 1 year) 

 

Figure 4.10: Oil saturation near horizontal well during production in well model 1 

without injection (t = 3 years) 
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Figure 4.11: Oil Saturation near horizontal well during production of well model 1 with 

25% of gas recycle  (t = 1 year; 3-D view) 

 

Figure 4.12: Oil Saturation near horizontal well during production of well model 1 with 

25% of gas recycle  (t = 3 year; 3-D view) 
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Figure 4.13: Oil Saturation near horizontal well during production of well model 1 with 

25% of gas recycle  (t = 1 year; vertical section)  

 

Figure 4.14: Oil Saturation near horizontal well during production of well model 1 with 

25% of gas recycle  (t = 3 years; vertical section view) 

 

Figure 4.15: Oil Saturation near horizontal well during production of well model 1 with 

25% of gas recycle  (t = 10 years; vertical section view) 
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Figure 4.16: Oil saturation near horizontal well during production of well model 2 with 

25% of gas recycle (t = 0; 3-D view) 

 

 

Injector

Producer

 

Figure 4.17: Oil saturation near horizontal well during production of well model 2 with 

25% of gas recycle (t = 1 year; 3-D view) 
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Figure 4.18: Oil saturation near horizontal well during production of well model 2 with 

25% of gas recycle (t = 3 years; 3-D view) 
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Figure 4.19: Oil saturation near horizontal well during production of well model 2 with 

25% of gas recycle (t = 6 years; 3-D view) 
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Figure 4.20: Oil saturation near horizontal well during production of well model 3 with 

25% of gas recycle (t = 0; 3-D view) 

 

 

Figure 4.21: Oil saturation near horizontal well during production of well model 3 with 

25% of gas recycle (t = 1 year; 3-D view) 
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Figure 4.22: Oil saturation near horizontal well during production of well model 3 with 

25% of gas recycle (t = 3 years; 3-D view) 

 

 

Figure 4.23: Oil saturation near horizontal well during production of well model 3 with 

25% of gas recycle (t = 6 years; 3-D view) 
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Figure 4.24: Comparison of cumulative gas production in well model 1 (huff 'n' puff 

model) with initial reservoir fluid of max LDO = 29.9% and Tinj = 280˚F 
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Figure 4.25: Comparison of cumulative condensate production in well model 1 (huff 'n' 

puff model) with initial reservoir fluid of max LDO = 29.9% and Tinj = 280˚F 
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Figure 4.26: Comparison of net cumulative gas production in well model 2 (5-spot well 

pattern model) with initial reservoir fluid of max LDO = 29.9% and Tinj = 280˚F 
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Figure 4.27: Comparison of cumulative condensate production in well model 2 (5-spot 

well pattern model) with initial reservoir fluid of max LDO = 29.9% and Tinj = 280˚F  
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Figure 4.28: Comparison of net cumulative gas production in well model 3 (horizontal 

wells; injector top, producer bottom) with initial reservoir fluid of max LDO = 29.9% and 

Tinj = 280˚F 
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Figure 4.29: Comparison of cumulative condensate production in well model 3 

(horizontal wells; injector top, producer bottom) with initial reservoir fluid of max LDO 

=29.9% and Tinj = 280˚F  
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Figure 4.30: Comparison of net cumulative gas production in well model 4 (horizontal 

wells; injector bottom, producer top) with initial reservoir fluid of max LDO = 29.9% and 

Tinj = 280˚F 
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Figure 4.31: Comparison of cumulative condensate production in well model 2 (5-spot 

well pattern model) with initial reservoir fluid of max LDO = 29.9% and Tinj = 280˚F 



62 

 

0 1000 2000 3000 4000 5000 6000
0

0.2

0.4

0.6

0.8

1

1.2

1.4

1.6

1.8

2
x 10

11

Bottomhole pressure (psia)

N
e
t 

c
u
m

u
la

ti
v
e
 g

a
s
 p

ro
d
u
c
ti
o
n
 (

s
c
f)

 

 

w/o gas injection

w/   gas injection

 

Figure 4.32: Comparison of net cumulative gas production in well model 5 (horizontal 

wells; injector side, producer center) with initial reservoir fluid of max LDO = 29.9% and 

Tinj = 280˚F 
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Figure 4.33: Comparison of cumulative condensate production in well model 5 

(horizontal wells; injector side, producer center) with initial reservoir fluid of max LDO = 

29.9% and Tinj = 280˚F 
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Figure 4.34: Comparison of net cumulative gas production in well model 6 (horizontal 

wells; injector center, producers side) with initial reservoir fluid of max LDO = 29.9% 

and Tinj = 280˚F 
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Figure 4.35: Comparison of cumulative condensate production in well model 6 

(horizontal wells; injector center, producers side) with initial reservoir fluid of max LDO 

= 29.9% and Tinj = 280˚F 
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Table 4.1: Cumulative production and increments by injection process in well 

configuration model 1 (huff 'n' puff model) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 

(deg F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v01 01: 2.5% LDO base case   89.9 0.0   89.9 - 4.53 - 

v02 01: 2.5% LDO 01: 150/1500 120 103.5 12.0 0.24 91.2 1.5% 4.69 3.6% 

v03 01: 2.5% LDO 02: 150/2000 120 103.2 12.0 0.24 91.0 1.2% 4.71 3.9% 

v04 01: 2.5% LDO 03: 100/2500 120 103.2 12.0 0.24 90.9 1.2% 4.71 4.0% 

v05 01: 2.5% LDO 01: 150/1500 200 109.9 12.8 0.26 96.8 7.8% 4.88 7.7% 

v06 01: 2.5% LDO 01: 150/1500 280 110.2 12.8 0.26 97.1 8.1% 4.89 8.0% 

v21 02: 9.8% LDO base case   74.8 0.0  74.8 - 4.81 - 

v22 02: 9.8% LDO 01: 150/1500 120 89.2 10.4 0.21 78.6 5.1% 5.10 6.2% 

v23 02: 9.8% LDO 02: 150/2000 120 86.8 10.4 0.21 76.2 2.0% 5.04 4.9% 

v24 02: 9.8% LDO 03: 100/2500 120 87.2 10.4 0.21 76.6 2.4% 5.06 5.2% 

v25 02: 9.8% LDO 01: 150/1500 200 95.6 11.2 0.22 84.2 12.7% 5.30 10.3% 

v26 02: 9.8% LDO 01: 150/1500 280 95.8 11.2 0.22 84.4 12.9% 5.31 10.5% 

v41 03: 15.7% LDO base case   67.3 0.0  67.3 - 5.45 - 

v42 03: 15.7% LDO 01: 150/1500 120 80.6 9.6 0.19 70.8 5.2% 5.74 5.3% 

v43 03: 15.7% LDO 02: 150/2000 120 79.4 9.6 0.19 69.6 3.4% 5.72 4.9% 

v44 03: 15.7% LDO 03: 100/2500 120 78.9 8.8 0.18 70.0 3.9% 5.70 4.6% 

v45 03: 15.7% LDO 01: 150/1500 200 88.6 10.4 0.21 78.0 15.8% 6.00 10.1% 

v46 03: 15.7% LDO 01: 150/1500 280 88.8 10.4 0.21 78.2 16.2% 6.02 10.4% 

v61 04: 23.8% LDO base case   75.6 0.0  75.6 - 5.58 - 

v62 04: 23.8% LDO 01: 150/1500 120 89.4 10.4 0.21 78.8 4.3% 5.84 4.5% 

v63 04: 23.8% LDO 02: 150/2000 120 87.5 10.4 0.21 76.9 1.8% 5.79 3.6% 

v64 04: 23.8% LDO 03: 100/2500 120 87.6 10.4 0.21 77.0 1.9% 5.81 4.0% 

v65 04: 23.8% LDO 01: 150/1500 200 95.8 11.2 0.22 84.4 11.7% 6.05 8.3% 

v66 04: 23.8% LDO 01: 150/1500 280 96.2 11.2 0.22 84.8 12.2% 6.07 8.6% 

v81 05: 29.9% LDO base case   71.2 0.0  71.2 - 6.98 - 

v82 05: 29.9% LDO 01: 150/1500 120 82.7 9.6 0.19 72.9 2.3% 7.20 3.3% 

v83 05: 29.9% LDO 02: 150/2000 120 82.8 9.6 0.19 73.0 2.5% 7.21 3.4% 

v84 05: 29.9% LDO 03: 100/2500 120 82.7 9.6 0.19 72.9 2.4% 7.22 3.5% 

v85 05: 29.9% LDO 01: 150/1500 200 82.8 9.6 0.19 73.0 2.4% 7.20 3.3% 

v86 05: 29.9% LDO 01: 150/1500 280 95.6 11.2 0.22 84.1 18.1% 7.70 10.4% 
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Table 4.2: Cumulative production and increments by injection process in well 

configuration model 2 (5-spot well pattern model) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 
(deg 
F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v00 01: 2.5% LDO base case   9.65     9.65 - 0.422 - 

v01 01: 2.5% LDO 01: 150/1500 120 12.73 3.18 0.06 9.48 -1.7% 0.555 31.5% 

v02 01: 2.5% LDO 02: 150/2000 120 12.73 3.18 0.06 9.48 -1.7% 0.555 31.5% 

v03 01: 2.5% LDO 03: 100/2500 120 12.73 3.18 0.06 9.49 -1.7% 0.556 31.6% 

v04 01: 2.5% LDO 01: 150/1500 200 12.73 3.18 0.06 9.49 -1.7% 0.556 31.6% 

v05 01: 2.5% LDO 01: 150/1500 280 12.74 3.18 0.06 9.49 -1.6% 0.556 31.6% 

v20 02: 9.8% LDO base case   8.76   8.76 - 0.460 - 

v21 02: 9.8% LDO 01: 150/1500 120 11.76 2.94 0.06 8.76 0.0% 0.616 34.0% 

v22 02: 9.8% LDO 02: 150/2000 120 11.75 2.94 0.06 8.75 0.0% 0.616 33.9% 

v23 02: 9.8% LDO 03: 100/2500 120 11.75 2.94 0.06 8.76 0.0% 0.616 34.0% 

v24 02: 9.8% LDO 01: 150/1500 200 11.76 2.94 0.06 8.76 0.1% 0.617 34.0% 

v25 02: 9.8% LDO 01: 150/1500 280 11.77 2.94 0.06 8.77 0.1% 0.617 34.2% 

v40 03: 15.7% LDO base case   8.33   8.33 - 0.527 - 

v41 03: 15.7% LDO 01: 150/1500 120 11.24 2.81 0.06 8.37 0.5% 0.704 33.6% 

v42 03: 15.7% LDO 02: 150/2000 120 11.26 2.81 0.06 8.39 0.7% 0.706 33.9% 

v43 03: 15.7% LDO 03: 100/2500 120 11.26 2.81 0.06 8.39 0.7% 0.706 33.9% 

v44 03: 15.7% LDO 01: 150/1500 200 11.27 2.82 0.06 8.40 0.8% 0.708 34.2% 

v45 03: 15.7% LDO 01: 150/1500 280 11.27 2.82 0.06 8.40 0.8% 0.708 34.2% 

v60 04: 23.8% LDO base case   9.03   9.03 - 0.529 - 

v61 04: 23.8% LDO 01: 150/1500 120 12.17 3.04 0.06 9.07 0.5% 0.714 35.1% 

v62 04: 23.8% LDO 02: 150/2000 120 12.15 3.04 0.06 9.05 0.3% 0.714 34.9% 

v63 04: 23.8% LDO 03: 100/2500 120 12.15 3.04 0.06 9.05 0.3% 0.714 35.0% 

v64 04: 23.8% LDO 01: 150/1500 200 12.16 3.04 0.06 9.06 0.4% 0.714 35.1% 

v65 04: 23.8% LDO 01: 150/1500 280 12.16 3.04 0.06 9.06 0.4% 0.715 35.2% 

v80 05: 29.9% LDO base case   8.73   8.73 - 0.658 - 

v81 05: 29.9% LDO 01: 150/1500 120 11.58 2.90 0.06 8.63 -1.1% 0.868 32.0% 

v82 05: 29.9% LDO 02: 150/2000 120 11.57 2.89 0.06 8.62 -1.2% 0.867 31.9% 

v83 05: 29.9% LDO 03: 100/2500 120 11.57 2.89 0.06 8.62 -1.2% 0.867 31.9% 

v84 05: 29.9% LDO 01: 150/1500 200 11.59 2.90 0.06 8.63 -1.1% 0.869 32.1% 

v85 05: 29.9% LDO 01: 150/1500 280 11.59 2.90 0.06 8.64 -1.1% 0.869 32.2% 
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Table 4.3: Cumulative production and increments by injection process in well 

configuration model 3 (horizontal wells; injector top, producer bottom) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 
(deg 
F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v00 01: 2.5% LDO base case   94.5 0.00   94.5 - 4.20 - 

v01 01: 2.5% LDO 01: 150/1500 120 125.3 31.34 0.63 93.4 -1.2% 4.22 0.5% 

v02 01: 2.5% LDO 02: 150/2000 120 124.5 31.12 0.62 92.7 -1.9% 4.26 1.5% 

v03 01: 2.5% LDO 03: 100/2500 120 124.2 31.05 0.62 92.5 -2.1% 4.28 2.1% 

v04 01: 2.5% LDO 01: 150/1500 200 127.6 31.91 0.64 95.1 0.6% 4.30 2.5% 

v05 01: 2.5% LDO 01: 150/1500 280 130.7 32.68 0.65 97.4 3.1% 4.38 4.4% 

v20 02: 9.8% LDO base case   84.4 0.00  84.4 - 4.51 - 

v21 02: 9.8% LDO 01: 150/1500 120 114.0 28.50 0.57 84.9 0.6% 4.61 2.3% 

v22 02: 9.8% LDO 02: 150/2000 120 113.5 28.38 0.57 84.6 0.2% 4.66 3.4% 

v23 02: 9.8% LDO 03: 100/2500 120 113.2 28.29 0.57 84.3 -0.1% 4.68 3.9% 

v24 02: 9.8% LDO 01: 150/1500 200 115.8 28.95 0.58 86.3 2.2% 4.68 4.0% 

v25 02: 9.8% LDO 01: 150/1500 280 118.4 29.60 0.59 88.2 4.5% 4.75 5.5% 

v40 03: 15.7% LDO base case   80.2 0.00  80.2 - 5.18 - 

v41 03: 15.7% LDO 01: 150/1500 120 108.6 27.14 0.54 80.9 0.9% 5.27 1.8% 

v42 03: 15.7% LDO 02: 150/2000 120 107.9 26.97 0.54 80.4 0.2% 5.30 2.3% 

v43 03: 15.7% LDO 03: 100/2500 120 107.8 26.95 0.54 80.3 0.2% 5.32 2.7% 

v44 03: 15.7% LDO 01: 150/1500 200 111.1 27.77 0.56 82.8 3.2% 5.36 3.4% 

v45 03: 15.7% LDO 01: 150/1500 280 112.8 28.21 0.56 84.1 4.9% 5.43 4.8% 

v60 04: 23.8% LDO base case   87.6 0.00  87.6 - 5.24 - 

v61 04: 23.8% LDO 01: 150/1500 120 117.9 29.48 0.59 87.9 0.3% 5.29 0.9% 

v62 04: 23.8% LDO 02: 150/2000 120 117.3 29.34 0.59 87.4 -0.2% 5.34 1.9% 

v63 04: 23.8% LDO 03: 100/2500 120 117.1 29.28 0.59 87.2 -0.4% 5.37 2.4% 

v64 04: 23.8% LDO 01: 150/1500 200 120.6 30.15 0.60 89.8 2.5% 5.39 2.9% 

v65 04: 23.8% LDO 01: 150/1500 280 122.6 30.65 0.61 91.3 4.2% 5.46 4.2% 

v80 05: 29.9% LDO base case   84.2 0.00  84.2 - 6.51 - 

v81 05: 29.9% LDO 01: 150/1500 120 113.5 28.37 0.57 84.5 0.4% 6.56 0.8% 

v82 05: 29.9% LDO 02: 150/2000 120 113.0 28.25 0.57 84.2 0.0% 6.61 1.6% 

v83 05: 29.9% LDO 03: 100/2500 120 112.7 28.19 0.56 84.0 -0.2% 6.64 2.0% 

v84 05: 29.9% LDO 01: 150/1500 200 115.7 28.92 0.58 86.2 2.4% 6.67 2.5% 

v85 05: 29.9% LDO 01: 150/1500 280 118.6 29.65 0.59 88.4 5.0% 6.77 4.0% 
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Table 4.4: Cumulative production and increments by injection process in well 

configuration model 4 (horizontal wells; injector bottom, producer top) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 
(deg 
F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v00 01: 2.5% LDO base case   94.5 0.00   94.5 - 4.19 - 

v01 01: 2.5% LDO 01: 150/1500 120 124.6 31.16 0.62 92.8 -1.7% 4.20 0.2% 

v02 01: 2.5% LDO 02: 150/2000 120 125.3 31.33 0.63 93.4 -1.2% 4.29 2.3% 

v03 01: 2.5% LDO 03: 100/2500 120 124.0 31.01 0.62 92.4 -2.2% 4.28 2.1% 

v04 01: 2.5% LDO 01: 150/1500 200 127.7 31.93 0.64 95.1 0.7% 4.30 2.5% 

v05 01: 2.5% LDO 01: 150/1500 280 130.7 32.68 0.65 97.4 3.1% 4.48 6.9% 

v20 02: 9.8% LDO base case   84.4 0.00  84.4 - 4.50 - 

v21 02: 9.8% LDO 01: 150/1500 120 113.7 28.43 0.57 84.7 0.4% 4.56 1.5% 

v22 02: 9.8% LDO 02: 150/2000 120 113.3 28.34 0.57 84.4 0.0% 4.62 2.6% 

v23 02: 9.8% LDO 03: 100/2500 120 113.1 28.27 0.57 84.3 -0.2% 4.65 3.3% 

v24 02: 9.8% LDO 01: 150/1500 200 116.3 29.06 0.58 86.6 2.6% 4.65 3.3% 

v25 02: 9.8% LDO 01: 150/1500 280 118.2 29.54 0.59 88.0 4.3% 4.71 4.7% 

v40 03: 15.7% LDO base case   80.2 0.00  80.2 - 5.18 - 

v41 03: 15.7% LDO 01: 150/1500 120 108.2 27.04 0.54 80.6 0.5% 5.21 0.7% 

v42 03: 15.7% LDO 02: 150/2000 120 107.8 26.96 0.54 80.3 0.2% 5.26 1.7% 

v43 03: 15.7% LDO 03: 100/2500 120 107.7 26.92 0.54 80.2 0.0% 5.28 2.1% 

v44 03: 15.7% LDO 01: 150/1500 200 111.1 27.79 0.56 82.8 3.3% 5.31 2.6% 

v45 03: 15.7% LDO 01: 150/1500 280 112.8 28.20 0.56 84.0 4.8% 5.38 3.9% 

v60 04: 23.8% LDO base case   87.5 0.00  87.5 - 5.23 - 

v61 04: 23.8% LDO 01: 150/1500 120 118.0 29.50 0.59 87.9 0.5% 5.27 0.7% 

v62 04: 23.8% LDO 02: 150/2000 120 117.1 29.28 0.59 87.3 -0.3% 5.31 1.5% 

v63 04: 23.8% LDO 03: 100/2500 120 116.9 29.23 0.58 87.1 -0.4% 5.34 2.0% 

v64 04: 23.8% LDO 01: 150/1500 200 120.6 30.15 0.60 89.9 2.7% 5.36 2.5% 

v65 04: 23.8% LDO 01: 150/1500 280 122.5 30.62 0.61 91.2 4.3% 5.43 3.8% 

v80 05: 29.9% LDO base case   84.1 0.00  84.1 - 6.50 - 

v81 05: 29.9% LDO 01: 150/1500 120 113.0 28.26 0.57 84.2 0.1% 6.53 0.5% 

v82 05: 29.9% LDO 02: 150/2000 120 112.6 28.15 0.56 83.9 -0.3% 6.58 1.2% 

v83 05: 29.9% LDO 03: 100/2500 120 112.5 28.13 0.56 83.8 -0.4% 6.61 1.6% 

v84 05: 29.9% LDO 01: 150/1500 200 115.4 28.86 0.58 86.0 2.2% 6.64 2.1% 

v85 05: 29.9% LDO 01: 150/1500 280 118.5 29.63 0.59 88.3 5.0% 6.74 3.7% 
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Table 4.5: Cumulative production and increments by injection process in well 

configuration model 5 (horizontal wells; injector side, producer center) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 
(deg 
F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v00 01: 2.5% LDO base case   146.6 0.00   146.6 - 5.65 - 

v01 01: 2.5% LDO 01: 150/1500 120 170.3 42.57 0.85 126.9 -13.4% 5.53 -2.3% 

v02 01: 2.5% LDO 02: 150/2000 120 170.4 42.59 0.85 126.9 -13.4% 5.62 -0.7% 

v03 01: 2.5% LDO 03: 100/2500 120 170.3 42.57 0.85 126.9 -13.5% 5.66 0.0% 

v04 01: 2.5% LDO 01: 150/1500 200 180.1 45.02 0.90 134.1 -8.5% 5.82 2.9% 

v05 01: 2.5% LDO 01: 150/1500 280 181.8 45.45 0.91 135.4 -7.6% 6.02 6.5% 

v20 02: 9.8% LDO base case   132.5 0.00  132.5 - 6.15 - 

v21 02: 9.8% LDO 01: 150/1500 120 153.7 38.44 0.77 114.5 -13.6% 6.07 -1.3% 

v22 02: 9.8% LDO 02: 150/2000 120 153.0 38.25 0.77 114.0 -14.0% 6.13 -0.3% 

v23 02: 9.8% LDO 03: 100/2500 120 152.9 38.24 0.76 113.9 -14.0% 6.17 0.3% 

v24 02: 9.8% LDO 01: 150/1500 200 161.7 40.42 0.81 120.5 -9.1% 6.27 1.9% 

v25 02: 9.8% LDO 01: 150/1500 280 164.7 41.17 0.82 122.7 -7.4% 6.49 5.5% 

v40 03: 15.7% LDO base case   126.0 0.00  126.0 - 7.08 - 

v41 03: 15.7% LDO 01: 150/1500 120 146.2 36.55 0.73 108.9 -13.6% 6.99 -1.2% 

v42 03: 15.7% LDO 02: 150/2000 120 145.7 36.42 0.73 108.5 -13.9% 7.07 -0.1% 

v43 03: 15.7% LDO 03: 100/2500 120 145.8 36.46 0.73 108.6 -13.8% 7.13 0.7% 

v44 03: 15.7% LDO 01: 150/1500 200 152.8 38.20 0.76 113.8 -9.7% 7.18 1.5% 

v45 03: 15.7% LDO 01: 150/1500 280 156.8 39.19 0.78 116.8 -7.3% 7.41 4.7% 

v60 04: 23.8% LDO base case   137.1 0.00  137.1 - 7.13 - 

v61 04: 23.8% LDO 01: 150/1500 120 159.0 39.74 0.79 118.4 -13.6% 7.03 -1.4% 

v62 04: 23.8% LDO 02: 150/2000 120 158.1 39.53 0.79 117.8 -14.1% 7.10 -0.5% 

v63 04: 23.8% LDO 03: 100/2500 120 158.4 39.60 0.79 118.0 -13.9% 7.15 0.2% 

v64 04: 23.8% LDO 01: 150/1500 200 165.6 41.39 0.83 123.3 -10.0% 7.21 1.0% 

v65 04: 23.8% LDO 01: 150/1500 280 170.4 42.59 0.85 126.9 -7.4% 7.47 4.7% 

v80 05: 29.9% LDO base case   131.9 0.00  131.9 - 8.89 - 

v81 05: 29.9% LDO 01: 150/1500 120 153.6 38.39 0.77 114.4 -13.3% 8.81 -1.0% 

v82 05: 29.9% LDO 02: 150/2000 120 152.6 38.16 0.76 113.7 -13.8% 8.86 -0.3% 

v83 05: 29.9% LDO 03: 100/2500 120 152.9 38.23 0.76 113.9 -13.6% 8.93 0.4% 

v84 05: 29.9% LDO 01: 150/1500 200 157.8 39.46 0.79 117.6 -10.9% 8.94 0.5% 

v85 05: 29.9% LDO 01: 150/1500 280 164.5 41.13 0.82 122.6 -7.1% 9.25 4.0% 
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Table 4.6: Cumulative production and increments by injection process in well 

configuration model 6 (horizontal wells; injector center, producers side) 

simul 
no. 

initial  
fluid 

inj  
gas 

comp 

inj  
temp 
(deg 
F) 

cum  
prod  
gas  

(gross) 
(bcf) 

cum  
inj  

gas  
(bcf) 

cum  
fuel gas  

consump- 
tion  
(bcf) 

cum  
prod  
gas  
(net) 
(bcf) 

gas  
prod  

increment 

cum 
prod  
oil 

(MMbbl) 

oil  
prod  

increment 

v00 01: 2.5% LDO base case   135.4 0.00   135.4 - 5.91 - 

v01 01: 2.5% LDO 01: 150/1500 120 182.1 45.53 0.91 135.7 0.2% 5.78 -2.1% 

v02 01: 2.5% LDO 02: 150/2000 120 181.3 45.34 0.91 135.1 -0.2% 5.85 -0.9% 

v03 01: 2.5% LDO 03: 100/2500 120 181.2 45.30 0.91 135.0 -0.3% 5.89 -0.2% 

v04 01: 2.5% LDO 01: 150/1500 200 183.2 45.79 0.92 136.5 0.8% 5.92 0.3% 

v05 01: 2.5% LDO 01: 150/1500 280 184.3 46.07 0.92 137.3 1.4% 6.08 2.9% 

v20 02: 9.8% LDO base case   122.2 0.00  122.2 - 6.39 - 

v21 02: 9.8% LDO 01: 150/1500 120 165.1 41.29 0.83 123.0 0.6% 6.29 -1.6% 

v22 02: 9.8% LDO 02: 150/2000 120 164.8 41.19 0.82 122.7 0.4% 6.36 -0.4% 

v23 02: 9.8% LDO 03: 100/2500 120 164.6 41.15 0.82 122.6 0.3% 6.40 0.2% 

v24 02: 9.8% LDO 01: 150/1500 200 166.5 41.62 0.83 124.0 1.4% 6.42 0.5% 

v25 02: 9.8% LDO 01: 150/1500 280 167.6 41.90 0.84 124.9 2.1% 6.57 2.9% 

v40 03: 15.7% LDO base case   116.4 0.00  116.4 - 7.32 - 

v41 03: 15.7% LDO 01: 150/1500 120 157.5 39.37 0.79 117.3 0.8% 7.21 -1.4% 

v42 03: 15.7% LDO 02: 150/2000 120 157.9 39.48 0.79 117.7 1.1% 7.31 -0.1% 

v43 03: 15.7% LDO 03: 100/2500 120 157.4 39.34 0.79 117.2 0.7% 7.33 0.2% 

v44 03: 15.7% LDO 01: 150/1500 200 158.9 39.73 0.79 118.4 1.7% 7.33 0.2% 

v45 03: 15.7% LDO 01: 150/1500 280 160.1 40.03 0.80 119.3 2.5% 7.49 2.3% 

v60 04: 23.8% LDO base case   126.7 0.00  126.7 - 7.39 - 

v61 04: 23.8% LDO 01: 150/1500 120 170.9 42.72 0.85 127.3 0.5% 7.23 -2.1% 

v62 04: 23.8% LDO 02: 150/2000 120 170.7 42.67 0.85 127.1 0.4% 7.32 -0.9% 

v63 04: 23.8% LDO 03: 100/2500 120 170.7 42.67 0.85 127.1 0.4% 7.37 -0.2% 

v64 04: 23.8% LDO 01: 150/1500 200 172.3 43.08 0.86 128.4 1.4% 7.37 -0.2% 

v65 04: 23.8% LDO 01: 150/1500 280 173.3 43.33 0.87 129.1 1.9% 7.54 2.1% 

v80 05: 29.9% LDO base case   122.3 0.00  122.3 - 9.17 - 

v81 05: 29.9% LDO 01: 150/1500 120 164.6 41.16 0.82 122.6 0.3% 9.00 -1.8% 

v82 05: 29.9% LDO 02: 150/2000 120 164.5 41.14 0.82 122.6 0.3% 9.09 -0.9% 

v83 05: 29.9% LDO 03: 100/2500 120 164.4 41.09 0.82 122.5 0.1% 9.12 -0.5% 

v84 05: 29.9% LDO 01: 150/1500 200 166.3 41.57 0.83 123.9 1.3% 9.16 -0.1% 

v85 05: 29.9% LDO 01: 150/1500 280 167.9 41.97 0.84 125.1 2.3% 9.35 1.9% 
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Chapter 5 :   Summary, Conclusions and Recommendations 

 

5.1 SUMMARY AND CONCLUSIONS 

Various configurations of wells for gas re-injection were studied to examine the 

effect on enhancement of the gas productivity and condensate recovery in gas-condensate 

reservoirs. Six well models including periodical gas injection, a 5-spot well pattern and 

horizontal well models were designed to study the parameters affecting gas productivity 

and condensate recovery. These parameters include the composition and temperature of 

the injection gas and the initial reservoir fluid.  

These reservoir models were built using compositional reservoir simulators, 

STARS and GEM from CMG. The EOS parameters of the fluids were tuned to the PVT 

data available and by using WINPROP from CMG to represent more realistic gas-

condensate reservoir fluids. Using these thermodynamic properties, various reservoir and 

injection fluids were studied over a broad range of compositions. 

1. Different well configurations and fluids showed different characteristics of 

flow patterns and phase behavior and resulted in different enhancements in 

gas productivity or condensate recovery. By assuming the amounts of the 

injection gas, the amount of the fuel gas required for the injection process 

were calculated to estimate the net production enhancement by gas 

injection techniques. The following conclusions can be drawn from the 

results:The Huff 'n' puff method resulted in enhancements both in gas and 

condensate recovery. The recoveries were more sensitive to the injection 

temperature and hence this technique is recommended for the field in 

which hot gas injection process is applicable and this techniques shows 
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productivity enhancements both in lean and rich gas-condensate reservoirs. 

2. Field scale gas re-injection techniques simulated by a simplified 5 spot-

well pattern model showed the highest enhancement for condensate 

recovery. However, the increase in the gas productivity was negligible. 

The injection of the separated gas was found to be a miscible process 

within the usual injection conditions simulated. Miscibility condition were 

calculated to verify this behavior and most of the condensate built up was 

miscibly displaced. 

3. Four additional horizontal well configurations also resulted in 

improvements in both gas and condensate productivity. However, well 

model 5 in which the injected gas can be injected more to the opposite side 

of the producer had the least improvement. The improvements in 

horizontal well models were increased with increasing temperature. 

However, it was found that injection composition did not affect the result 

very much. This also indicated that the miscibility of the injection gas with 

the reservoir fluid is more dependent on temperature rather than fluid 

composition of the separated gas. 

5.2 RECOMMENDATIONS FOR FUTURE RESEARCH 

As the optimization of the injection design depends on many parameters 

pertaining to reservoir and fluid properties as well as operational environments, extensive 

research would be required based on the available data. This research can be used as a 

guideline to design a specific optimized process. For the full field simulations to optimize 

the specific injection conditions, local grid refinement process will be required to 

correctly describe fluid behavior and rock-fluid interaction in the near wellbore region. 

To save calculation time, proper simplification models can be built for different field 
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models. 

In addition, the relative permeability models can be further developed which can 

better describe the rock-fluid interaction. Models for three-phase relative permeability to 

oil are also of critical importance as the uncertainty in this property can lead to a 

significant difference in the results. The models for non-Darcy flow in multi-phase 

condition can be improved as well.  

When describing the phase behavior in a rich gas-condensate with a maximum 

liquid dropout of 30~40%, the critical point is within the conditions of the injection and 

the initial reservoir condition. Hence, the uncertainty in describing the phase behavior of 

these fluids can be reduced by improving EOS models and tuning method for rich gas-

condensate fluids. 

 

 



73 

 

Nomenclature 

 

Bgd   dry gas formation volume factor, RB/scf 

Bo   oil formation volume factor, RB/STB 

h   reservoir thickness, ft 

k   absolute permeability, md 

krg   gas relative permeability 

kro   oil relative permeability 

Mg   gas molecular weight, lb/lb mol 

Mo   oil molecular weight, lb/lb mol 

Nc   Dimensionless capillary number 

p
*
   pressure at outer boundary of region 1, psia 

pd   dew point pressure, psia 

pR   average reservoir pressure, psia 

psc   standard condition pressure, psia 

pwf   wellbore flowing pressure, psia 

qgas   surface gas rate, scf/D 

re   external drainage radius, ft 

rs   solution OGR, STB/scf 

rw   wellbore radius, ft 

R   gas constant 

Rp   producing GOR, scf/STB 

Rs   solution GOR, scf/STB 

Sg   gas saturation 

So   oil saturation 

Sor   residual oil saturation 

Sw   water saturation 

Swi   irreducible water saturation 

Tsc   standard condition temperature, ˚F 

Vd   dew point volume, ft
3
 

Vro   oil relative volume, Vo/(Vg+Vo) 

μg   gas viscosity, cp 

μo   oil viscosity, cp 

ρg   gas density, lbm/ft
3
 

ρo   oil density, lbm/ft
3
 

σ   gas/oil IFT, dynes/cm 

φ   porosity 
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Appendix 

 

A.1  CALCULATION OF ENERGY CONSUMPTION REQUIRED BY GAS INJECTION 

PROCESS 

For the injection process of the separated gas, extra energy is required. The 

purpose of this section is to show a sample calculation to estimate the amount of fuel gas 

required for the injection process to meet the injection condition used in simulations. For 

this purpose, conservative assumptions were used if required and the work required for 

compressor and corresponding amount of fuel gas was calculated. 

The separated gas condition of 1,500 psia and 150˚F was assumed to be the inlet 

condition of the compressor. The discharge pressure of the compressor was assumed 

5,000 psia. The outlet temperature and corresponding fuel consumption were calculated 

based on these conditions. The ideal isentropic work required for compressor can be 

calculated and the actual horsepower also can be estimated by relevant efficiencies. 

According to Ikoku (1992), the compression efficiency is the ratio of these two and it 

ranges from 83 to 93 % in most modern compressors. In addition to this thermodynamic 

loss, mechanical and frictional losses are accompanied. They range from 88 to 95%. 

Hence, the overall compression efficiencies to the ideal isentropic compression process 

range from 75 to 85%. In this calculation, 75% was used as the overall efficiency. 

Kinetic energy effect was neglected and gas flowrate of 10MMscfd, which is 

2.640×10
4
 lbmol / day was assumed to be the calculation basis. From the Enthalpy- 

Entropy (Mollier) diagram in Figure A.1, the discharge condition was calculated as below. 

 H1 at 1,500 psia, 150˚F  =  450 Btu / lbmol 

 S1  at 1,500 psia, 150˚F  =  -7.7 Btu / lbmol-˚F 

 T2, isentropic at -7.7 Btu/lbmol-˚F, 5,000 psia  = 340 ˚F 
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 H2, isentropic at -7.7 Btu/lbmol-˚F, 5,000 psia  = 2,200 Btu / lbmol 

 ΔHisentropic  = 1,750 Btu / lbmol 

 ΔH  = 1,750/0.75 = 2,333 Btu / lbmol 

 H2  = 450+2333 = 2,783 Btu / lbmol 

 T2 at 2,783 Btu/lbmol, 5,000 psia  = 380 ˚F 

Hence, the compression work required will be the following:  

  4 7

2 1 2.640 10 2,333 6.159 10
lbmol Btu Btu

w n H H
day lbmol day

  
       

  
 (A.1) 

This leads to the brake HP of the compressor: 

76.159 10 778.2

Brake HP = 1009
min

1440 33000
min

Btu ft lbm

day Btu
HP

ft lbm

day HP

   
   

   
   

  
  

 (A.2) 

Typical heating value of the natural gas gives the amount of gas required for the 

compression work: 

7

 

6.159 10

59,912 0.060

1,028
fuel gas

Btu

scfday
q MMscfd

Btu day

scf



    (A.3) 

For the gas injection of 10 MMscfd, the fuel gas consumed to generate the 

compression energy required will be 0.060 MMscfd, which corresponds to 0.60% of the 

injection amount. Considering the efficiency of the gas turbine generation system to 

power the compressor and any other ancillary process and utilities, the fuel gas required 

can be about 1% of the injection gas.  
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Figure A.1: Enthalpy-Entropy diagram (Mollier diagram) for natural gas which has a 

specific gravity of 0.6,  Ikoku (1992) 
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A.2 SIMULATION INPUT DATA FILE 

Following is the sample data file used to simulate gas re-injection in the 

horizontal well model by STARS from CMG. 

 
RESULTS SIMULATOR STARS  

INUNIT FIELD 

WSRF GRID TIME 

OUTSRF GRID FLUXRC PRES SG SO STRMLN SW TEMP VELOCRC  

GRID VARI 21 25 20 

KDIR DOWN 

DI IVAR  

1525.4 732.9 352.1 169.2 81.3 

39.1 18.8 9.0 4.3 2.1 

1.0 2.1 4.3 9.0 18.8 

39.1 81.3 169.2 352.1 732.9 

1525.4  

DJ JVAR  

1957.0 320.4 60.7 21.7 7.8 

2.8 1.0 2.8 7.8 21.7 

60.7 169.4 473.0 169.4 60.7 

21.7 7.8 2.8 1.0 2.8 

7.8 21.7 60.7 320.4 1957.0 

DK KVAR 

18.8 6.5 2.9 1.7 1.0 

1.7 2.9 5.1 8.4 10.9 

10.9 8.4 5.1 2.9 1.7 

1.0 1.7 2.9 6.5 18.8 

DTOP  525*11350 

NULL  CON 1 

POR   CON 0.21 

PERMI CON 50 

PERMJ CON 50 

PERMK CON 5 

PINCHOUTARRAY CON 1 

END-GRID 

ROCKTYPE 1 

ROCKCP 35 

THCONR 44 

THCONW 8.6 

THCONO 1.8 

THCONG 1.0 

HLOSSPROP  OVERBUR 35 24  UNDERBUR 35 24 

WINPROP *TITLE1     ' ' 

WINPROP *TITLE2     ' ' 

WINPROP *TITLE3     ' ' 

WINPROP *INUNIT *FIELD 

WINPROP *MODEL   *PR   *1978 

WINPROP *NC        7      7 

WINPROP *PVC3  1.2000000E+00 

WINPROP *COMPNAME 

WINPROP 'H2O     ' 'CO2toN2 ' 'C1      ' 'C2 toC3 ' 'IC4toC05' 

WINPROP 'C07toC12' 'C16+    ' 

WINPROP *HCFLAG 

WINPROP   2  3  1  1  1  1  1 

WINPROP *SG 

WINPROP   1.0000000E+00  8.1790270E-01  3.0000000E-01  4.1746427E-01  6.3878404E-01 

WINPROP   7.7772958E-01  8.7625263E-01 

WINPROP *TB 

WINPROP   2.1200000E+02 -1.1381770E+02 -2.5861000E+02 -6.5667929E+01  7.5434475E+01 

WINPROP   3.2026011E+02  6.5579900E+02 
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WINPROP *PCRIT 

WINPROP   2.1760000E+02  7.2083346E+01  4.5400000E+01  4.5645319E+01  3.7912539E+01 

WINPROP   2.6007353E+01  1.4741632E+01 

WINPROP *VCRIT 

WINPROP   5.6000000E-02  9.3924257E-02  9.9000000E-02  1.6930610E-01  2.6726919E-01 

WINPROP   4.9093270E-01  9.7398347E-01 

WINPROP *TCRIT 

WINPROP   6.4730000E+02  3.0068051E+02  1.9060000E+02  3.3288459E+02  4.4957315E+02 

WINPROP   6.3792766E+02  8.3683814E+02 

WINPROP *AC 

WINPROP   3.4400000E-01  2.2191095E-01  8.0000000E-03  1.1960000E-01  2.0626017E-01 

WINPROP   4.0913694E-01  6.9613000E-01 

WINPROP *MW 

WINPROP   1.8015000E+01  4.3742889E+01  1.6043000E+01  3.5680800E+01  6.6731819E+01 

WINPROP   1.3216045E+02  2.8058600E+02 

WINPROP *BIN 

WINPROP   2.0125232E-01 

WINPROP   4.9070000E-01  1.0179777E-01 

WINPROP   5.1342000E-01  1.3082449E-01 

WINPROP   4.9340845E-01  1.3988163E-01 

WINPROP   4.8000000E-01  1.4949907E-01 

WINPROP   4.8000000E-01  1.4949907E-01 

WINPROP *VSHIFT 

WINPROP   0.0000000E+00  0.0000000E+00  0.0000000E+00  0.0000000E+00 -1.5829983E-02 

WINPROP   2.2803058E-02  1.6953814E-01 

WINPROP *ZRA 

WINPROP   2.3380000E-01  2.7388219E-01  2.8760000E-01  2.7786000E-01  2.7766749E-01 

WINPROP   2.6144015E-01  2.4195063E-01 

WINPROP *VISVC 

WINPROP   5.6000000E-02  9.3924861E-02  9.9000000E-02  1.7000000E-01  2.6731386E-01 

WINPROP   4.9480020E-01  9.7398347E-01 

WINPROP *MIXVC     1.0000000E+00 

WINPROP *VISCOEFF 

WINPROP   1.0230000E-01  2.3364000E-02  5.8533000E-02 -4.0758000E-02  9.3324000E-03 

WINPROP *OMEGA 

WINPROP   4.5723553E-01  4.5723553E-01  4.5723553E-01  4.5723553E-01  4.5723553E-01 

WINPROP   4.5723553E-01  4.5723553E-01 

WINPROP *OMEGB 

WINPROP   7.7796074E-02  7.7796074E-02  7.7796074E-02  7.7796074E-02  7.7796074E-02 

WINPROP   7.7796074E-02  7.7796074E-02 

WINPROP *PCHOR 

WINPROP   5.2000000E+01  7.7382189E+01  7.7000000E+01  1.2492000E+02  2.0223831E+02 

WINPROP   3.7495892E+02  7.2169007E+02 

WINPROP *ENTHALPY 

WINPROP  -2.4634200E+00  4.5739200E-01 -5.2512000E-05  6.4549000E-08 -2.0275900E-11  

2.3631000E-15 

WINPROP   4.6867593E+00  1.1675782E-01  9.9200406E-05 -2.5842160E-08  3.3840865E-12 -

1.3058165E-16 

WINPROP  -5.5811400E+00  5.6483400E-01 -2.8297300E-04  4.1739900E-07 -1.5255760E-10  

1.9588570E-14 

WINPROP  -9.4523400E-01  2.3574600E-01  8.0960000E-07  2.8808820E-07 -1.3329184E-10  

1.9616174E-14 

WINPROP   1.0152501E+01 -1.9460432E-02  4.1698436E-04 -5.3272073E-08 -5.4055690E-12  

1.2788358E-15 

WINPROP   0.0000000E+00 -4.5263417E-02  4.2701587E-04 -6.4238206E-08  0.0000000E+00  

0.0000000E+00 

WINPROP   0.0000000E+00 -3.1803744E-02  4.0967182E-04 -6.0328284E-08  0.0000000E+00  

0.0000000E+00 

WINPROP *COMPOSITION *PRIMARY 

WINPROP   1.0000000E-10  5.3900000E-02  7.2510000E-01  1.0000000E-01  7.1000000E-02 

WINPROP   4.2000000E-02  8.0000000E-03 

MODEL  7  7  7 **  7 components, with water (default) first 

COMPNAME        'WATER'  'CO2toN2'       'C1'  'C2 toC3' 'IC4toC05' 'C07toC12'     'C16+' 

    CMM         0.0000    43.7429    16.0430    35.6808    66.7318   132.1604   280.5860 

    PCRIT         0.00    1059.33     667.20     670.80     557.16     382.20     216.64 

    TCRIT         0.00      81.55    -116.59     139.52     349.56     688.60    1046.64 

    MOLDEN   0.000E+00  8.113E-01  7.787E-01  6.496E-01  5.301E-01  3.335E-01  1.852E-01 
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    CP       0.000E+00  1.114E-04  1.166E-04  8.701E-05  4.535E-05  1.784E-05  7.524E-06 

    CT1      0.000E+00 -1.579E-03 -1.494E-03 -1.989E-03 -1.256E-03 -5.214E-04  2.080E-04 

    CT2      0.000E+00  5.697E-06  5.611E-06  5.406E-06  3.310E-06  1.443E-06  2.829E-08 

    CPT      0.000E+00  2.495E-06  8.558E-07  1.438E-07 -1.306E-08 -6.935E-11  7.353E-08 

    AVISC    0.000E+00  1.029E-01  6.120E-02  7.423E-02  7.880E-02  6.982E-02  5.314E-02 

    BVISC         0.00     323.78     154.62     316.18     475.38     835.23    1393.84 

PRSR   1000.000  

TEMR    293.000  

PSURF    14.696  

TSURF    60.000  

SURFLASH KVALUE 

K_SURF 'WATER   '  1.0547E-10 

K_SURF 'CO2toN2 '  8.4288E+01 

K_SURF 'C1      '  2.1706E+02 

K_SURF 'C2 toC3 '  1.8825E+01 

K_SURF 'IC4toC05'  1.1429E+00 

K_SURF 'C07toC12'  1.4041E-03 

K_SURF 'C16+    '  1.4579E-08 

GASLIQKV 

KVTABLIM      1.0000E+02     6.4000E+03     1.0000E+02     6.4000E+02      

 

KVTABLE 'CO2toN2 ' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

**  100.000            

 1.6374E+01  2.4012E+00  1.5684E+00  1.3169E+00  1.2076E+00  1.1455E+00  1.1043E+00  

1.0731E+00  1.0431E+00  1.0431E+00 

 **  160.000            

 2.2260E+01  3.1477E+00  1.9413E+00  1.5351E+00  1.3407E+00  1.2295E+00  1.1587E+00  

1.1079E+00  1.0636E+00  1.0636E+00 

 **  220.000            

 2.7567E+01  3.8253E+00  2.2778E+00  1.7374E+00  1.4709E+00  1.3171E+00  1.2190E+00  

1.1486E+00  1.0895E+00  1.0895E+00 

 **  280.000            

 3.1992E+01  4.3753E+00  2.5507E+00  1.9047E+00  1.5837E+00  1.3971E+00  1.2755E+00  

1.1867E+00  1.1121E+00  1.1121E+00 

 **  340.000            

 3.5932E+01  4.7960E+00  2.7607E+00  2.0389E+00  1.6783E+00  1.4647E+00  1.3219E+00  

1.2155E+00  1.1249E+00  1.1249E+00 

 **  400.000            

 3.8982E+01  5.1450E+00  2.9329E+00  2.1488E+00  1.7529E+00  1.5142E+00  1.3519E+00  

1.2291E+00  1.1205E+00  1.1205E+00 

 **  460.000            

 4.0969E+01  5.4008E+00  3.0595E+00  2.2240E+00  1.7983E+00  1.5389E+00  1.3603E+00  

1.2219E+00  1.0860E+00  1.0860E+00 

 **  520.000                   

 4.1879E+01  5.5210E+00  3.1164E+00  2.2520E+00  1.8079E+00  1.5344E+00  1.3426E+00  

1.1860E+00  1.1860E+00  1.1860E+00 

 **  580.000                   

 4.1735E+01  5.5048E+00  3.1000E+00  2.2302E+00  1.7793E+00  1.4975E+00  1.2926E+00  

1.0954E+00  1.0954E+00  1.0954E+00 

 **  640.000                          

 4.0545E+01  5.3588E+00  3.0125E+00  2.1585E+00  1.7105E+00  1.4229E+00  1.1935E+00  

1.1935E+00  1.1935E+00  1.1935E+00 

 

*KVTABLE 'C1      ' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

**  100.000            

 3.6110E+01  4.6144E+00  2.6576E+00  1.9761E+00  1.6334E+00  1.4276E+00  1.2943E+00  

1.1992E+00  1.1140E+00  1.1140E+00 

 **  160.000            

 4.2170E+01  5.3912E+00  3.0386E+00  2.2074E+00  1.7856E+00  1.5335E+00  1.3697E+00  

1.2514E+00  1.1478E+00  1.1478E+00 

 **  220.000            

 4.6433E+01  5.9602E+00  3.3181E+00  2.3766E+00  1.8997E+00  1.6175E+00  1.4336E+00  

1.2987E+00  1.1818E+00  1.1818E+00 
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 **  280.000            

 4.9701E+01  6.3053E+00  3.4909E+00  2.4857E+00  1.9794E+00  1.6807E+00  1.4821E+00  

1.3328E+00  1.2027E+00  1.2027E+00 

 **  340.000            

 5.2197E+01  6.5059E+00  3.5926E+00  2.5583E+00  2.0378E+00  1.7255E+00  1.5122E+00  

1.3489E+00  1.2049E+00  1.2049E+00 

 **  400.000            

 5.3197E+01  6.6759E+00  3.6738E+00  2.6130E+00  2.0747E+00  1.7464E+00  1.5192E+00  

1.3430E+00  1.1824E+00  1.1824E+00 

 **  460.000            

 5.2964E+01  6.7373E+00  3.7082E+00  2.6289E+00  2.0766E+00  1.7368E+00  1.4992E+00  

1.3110E+00  1.1212E+00  1.1212E+00 

 **  520.000                   

 5.1705E+01  6.6385E+00  3.6617E+00  2.5906E+00  2.0378E+00  1.6943E+00  1.4499E+00  

1.2463E+00  1.2463E+00  1.2463E+00 

 **  580.000                   

 4.9551E+01  6.4037E+00  3.5391E+00  2.5007E+00  1.9596E+00  1.6183E+00  1.3666E+00  

1.1198E+00  1.1198E+00  1.1198E+00 

 **  640.000                          

 4.6561E+01  6.0546E+00  3.3508E+00  2.3638E+00  1.8430E+00  1.5053E+00  1.2322E+00  

1.2322E+00  1.2322E+00  1.2322E+00 

 

KVTABLE 'C2 toC3 ' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

**  100.000            

 4.2743E+00  8.0042E-01  6.7965E-01  7.2290E-01  7.9780E-01  8.6769E-01  9.2227E-01  

9.5940E-01  9.8326E-01  9.8326E-01 

 **  160.000            

 6.8786E+00  1.1822E+00  8.8858E-01  8.4185E-01  8.5827E-01  8.9329E-01  9.2901E-01  

9.5757E-01  9.7887E-01  9.7887E-01 

 **  220.000            

 9.8611E+00  1.5937E+00  1.1119E+00  9.8190E-01  9.4689E-01  9.4717E-01  9.5898E-01  

9.7187E-01  9.8352E-01  9.8352E-01 

 **  280.000                                 

 1.3246E+01  2.0033E+00  1.3321E+00  1.1249E+00  1.0443E+00  1.0125E+00  1.0125E+00  

1.0125E+00  1.0125E+00  1.0125E+00 

 **  340.000            

 1.6651E+01  2.4033E+00  1.5435E+00  1.2640E+00  1.1409E+00  1.0783E+00  1.0431E+00  

1.0219E+00  1.0089E+00  1.0089E+00 

 **  400.000            

 1.9575E+01  2.7970E+00  1.7454E+00  1.3932E+00  1.2277E+00  1.1363E+00  1.0807E+00  

1.0445E+00  1.0193E+00  1.0193E+00 

 **  460.000            

 2.1970E+01  3.1292E+00  1.9161E+00  1.4987E+00  1.2962E+00  1.1807E+00  1.1081E+00  

1.0588E+00  1.0199E+00  1.0199E+00 

 **  520.000                   

 2.3784E+01  3.3692E+00  2.0383E+00  1.5721E+00  1.3419E+00  1.2081E+00  1.1218E+00  

1.0599E+00  1.0599E+00  1.0599E+00 

 **  580.000                   

 2.4964E+01  3.5178E+00  2.1102E+00  1.6122E+00  1.3631E+00  1.2159E+00  1.1177E+00  

1.0357E+00  1.0357E+00  1.0357E+00 

 **  640.000                          

 2.5450E+01  3.5764E+00  2.1326E+00  1.6181E+00  1.3579E+00  1.2004E+00  1.0863E+00  

1.0863E+00  1.0863E+00  1.0863E+00 

 

*KVTABLE 'IC4toC05' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

  

 **  100.000            

 3.7007E-01  1.1036E-01  1.4751E-01  2.3603E-01  3.5954E-01  4.9685E-01  6.2763E-01  

7.4095E-01  8.4818E-01  8.4818E-01 

 **  160.000            

 8.4845E-01  2.0915E-01  2.2072E-01  2.8412E-01  3.7650E-01  4.8559E-01  5.9750E-01  

7.0374E-01  8.1286E-01  8.1286E-01 

 **  220.000            
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 1.6267E+00  3.4915E-01  3.1835E-01  3.5873E-01  4.2893E-01  5.1479E-01  6.0504E-01  

6.9540E-01  7.9399E-01  7.9399E-01 

 **  280.000            

 2.7925E+00  5.2956E-01  4.3802E-01  4.5172E-01  5.0067E-01  5.6487E-01  6.3484E-01  

7.0960E-01  7.9736E-01  7.9736E-01 

 **  340.000            

 4.2831E+00  7.4871E-01  5.7653E-01  5.5682E-01  5.8135E-01  6.2396E-01  6.7632E-01  

7.3831E-01  8.1865E-01  8.1865E-01 

 **  400.000            

 5.9256E+00  9.9940E-01  7.2665E-01  6.6554E-01  6.6311E-01  6.8582E-01  7.2379E-01  

7.7643E-01  8.5506E-01  8.5506E-01 

 **  460.000            

 7.6372E+00  1.2538E+00  8.7465E-01  7.6989E-01  7.4175E-01  7.4742E-01  7.7419E-01  

8.2138E-01  9.1114E-01  9.1114E-01 

 **  520.000                   

 9.3224E+00  1.4928E+00  1.0113E+00  8.6587E-01  8.1512E-01  8.0684E-01  8.2573E-01  

8.7331E-01  8.7331E-01  8.7331E-01 

 **  580.000                   

 1.0880E+01  1.7073E+00  1.1324E+00  9.5116E-01  8.8146E-01  8.6253E-01  8.7779E-01  

9.4285E-01  9.4285E-01  9.4285E-01 

 **  640.000                          

 1.2205E+01  1.8885E+00  1.2340E+00  1.0232E+00  9.3876E-01  9.1311E-01  9.3278E-01  

9.3278E-01  9.3278E-01  9.3278E-01 

 

*KVTABLE 'C07toC12' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

**  100.000            

 1.0892E-03  1.0358E-03  4.1320E-03  1.7363E-02  5.5898E-02  1.3370E-01  2.5026E-01  

3.9510E-01  5.8782E-01  5.8782E-01 

 **  160.000            

 5.8374E-03  3.5210E-03  8.4287E-03  2.2457E-02  5.4939E-02  1.1627E-01  2.1034E-01  

3.3667E-01  5.1783E-01  5.1783E-01 

 **  220.000            

 2.2353E-02  9.7252E-03  1.6909E-02  3.3996E-02  6.7296E-02  1.2321E-01  2.0417E-01  

3.1374E-01  4.7501E-01  4.7501E-01 

 **  280.000            

 6.7695E-02  2.2951E-02  3.2117E-02  5.3230E-02  8.9411E-02  1.4348E-01  2.1734E-01  

3.1778E-01  4.6989E-01  4.6989E-01 

 **  340.000            

 1.6598E-01  4.7619E-02  5.6828E-02  8.1194E-02  1.1935E-01  1.7233E-01  2.4340E-01  

3.4198E-01  4.9811E-01  4.9811E-01 

 **  400.000            

 3.4052E-01  8.7359E-02  9.2027E-02  1.1695E-01  1.5567E-01  2.0889E-01  2.8122E-01  

3.8510E-01  5.6368E-01  5.6368E-01 

 **  460.000            

 6.1448E-01  1.4352E-01  1.3731E-01  1.6026E-01  1.9931E-01  2.5467E-01  3.3251E-01  

4.5103E-01  6.9772E-01  6.9772E-01 

 **  520.000                          

 3.1929E-01  2.1725E-01  1.9338E-01  2.1242E-01  2.5215E-01  3.1207E-01  4.0137E-01  

5.5325E-01  5.5325E-01  5.5325E-01 

 **  580.000                   

 1.5168E+00  3.0909E-01  2.6097E-01  2.7473E-01  3.1624E-01  3.8484E-01  4.9740E-01  

7.5595E-01  7.5595E-01  7.5595E-01 

 **  640.000                          

 2.1441E+00  4.1856E-01  3.4049E-01  3.4854E-01  3.9463E-01  4.8057E-01  6.5237E-01  

6.5237E-01  6.5237E-01  6.5237E-01 

 

*KVTABLE 'C16+    ' 

** T, deg F    1.0000E+02  8.0000E+02  1.5000E+03  2.2000E+03  2.9000E+03  3.6000E+03  

4.3000E+03  5.0000E+03  5.7000E+03  6.4000E+03 

**  100.000            

 5.1970E-08  4.6539E-07  1.3556E-05  3.0189E-04  3.2713E-03  1.8057E-02  5.9981E-02  

1.4435E-01  3.2029E-01  3.2029E-01 

 **  160.000            

 1.1161E-06  3.8104E-06  4.1048E-05  3.9268E-04  2.6823E-03  1.2513E-02  4.0892E-02  

1.0399E-01  2.4870E-01  2.4870E-01 
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 **  220.000            

 1.3038E-05  2.2813E-05  1.3061E-04  7.3398E-04  3.4339E-03  1.2575E-02  3.5962E-02  

8.7036E-02  2.0559E-01  2.0559E-01 

 **  280.000            

 9.3918E-05  1.0704E-04  3.9732E-04  1.5386E-03  5.3024E-03  1.5353E-02  3.7873E-02  

8.5397E-02  1.9675E-01  1.9675E-01 

 **  340.000            

 4.9241E-04  4.0221E-04  1.0919E-03  3.1638E-03  8.4690E-03  2.0297E-02  4.4658E-02  

9.5271E-02  2.1772E-01  2.1772E-01 

 **  400.000            

 1.9904E-03  1.2066E-03  2.5743E-03  5.9585E-03  1.3281E-02  2.8031E-02  5.7205E-02  

1.1830E-01  2.7932E-01  2.7932E-01 

 **  460.000            

 6.4750E-03  3.0633E-03  5.3595E-03  1.0538E-02  2.0760E-02  4.0316E-02  7.8629E-02  

1.6248E-01  4.4292E-01  4.4292E-01 

 **  520.000                   

 1.7704E-02  6.9299E-03  1.0386E-02  1.8118E-02  3.2746E-02  6.0297E-02  1.1569E-01  

2.5224E-01  2.5224E-01  2.5224E-01 

 **  580.000                   

 4.2141E-02  1.4315E-02  1.9132E-02  3.0632E-02  5.2314E-02  9.3994E-02  1.8510E-01  

5.1515E-01  5.1515E-01  5.1515E-01 

 **  640.000                          

 8.9746E-02  2.7509E-02  3.3896E-02  5.1305E-02  8.5217E-02  1.5524E-01  3.4842E-01  

3.4842E-01  3.4842E-01  3.4842E-01 

 

 ** T, deg F    1.0000E+02    8.0000E+02    1.5000E+03    2.2000E+03    2.9000E+03    

3.6000E+03    4.3000E+03    5.0000E+03    5.7000E+03    6.4000E+03 

 **  100.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  V,S: L > <W: L ,S: L > 

 **  160.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  V,S: L > <W: L ,S: L > 

 **  220.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  V,S: L > <W: L ,S: L > 

 **  280.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  V,S: L > <W: L ,S: L > 

 **  340.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W: LV,S: L > <W:  V,S: L > <W:  V,S: L > <W: L ,S: L > 

 **  400.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: 

LV,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > 

 **  460.000   <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  

V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > 

 **  520.000   <W:  V,S: L > <W: LV,S: L > <W: LV,S: L > <W: LV,S: L > <W:  V,S: L > <W:  

V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > 

 **  580.000   <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  

V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > 

 **  640.000   <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  

V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > <W:  V,S: L > 

 

ROCKFLUID 

RPT 1 

SWT 

         0.36    0.0000    0.6500 

        0.387    0.0005    0.4657 

        0.414    0.0019    0.3248 

        0.441    0.0042    0.2196 

        0.468    0.0074    0.1430 

        0.495    0.0116    0.0890 

        0.522    0.0167    0.0524 

        0.549    0.0228    0.0287 

        0.575    0.0297    0.0144 

        0.602    0.0376    0.0063 

        0.629    0.0464    0.0023 

        0.656    0.0562    0.0006 

        0.683    0.0669    0.0001 

        0.710    0.0785    0.0000 

        0.737    0.0910    0.0000 

SLT 
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         0.36    0.5500            0 

        0.406    0.4655            0 

        0.451    0.3888            0 

        0.497    0.3197            0 

        0.543    0.2580            0 

        0.589    0.2035            0 

        0.634    0.1561  3.84306E-05 

        0.680    0.1156       0.0040 

        0.726    0.0817       0.0194 

        0.771    0.0542       0.0525 

        0.817    0.0328       0.1083 

        0.863    0.0172       0.1917 

        0.909    0.0069       0.3071 

        0.954    0.0015       0.4585 

            1    0.0000       0.6500 

INITIAL 

VERTICAL OFF 

INITREGION 1 

PRES CON 5800 

SW CON 0.35 

SO CON 0.0001 

MFRAC_OIL 'CO2toN2 ' CON  1.5316E-02 

MFRAC_OIL 'C1      ' CON  1.4788E-01 

MFRAC_OIL 'C2 toC3 ' CON  5.7680E-02 

MFRAC_OIL 'IC4toC05' CON  1.3012E-01 

MFRAC_OIL 'C07toC12' CON  5.0663E-01 

MFRAC_OIL 'C16+    ' CON  1.4238E-01 

NUMERICAL 

DTMAX 500 

DTMIN 0.00001 

RUN 

DATE 2007 1 1 

DTWELL 0.0001 

WELL  'Prod-1' 

PRODUCER 'Prod-1' 

OPERATE  MAX  STG  2.0e+007  CONT 

GEOMETRY  J  0.208  0.249  1.  0. 

PERF  GEOA  'Prod-1'    11 7:19 5   1.  OPEN    FLOW-TO  'SURFACE'  REFLAYER 

WELL  'Inj-1'   

INJECTOR MOBWEIGHT EXPLICIT 'Inj-1' 

INCOMP  GAS  0.0000000 0.0546183 0.8283366 0.0877157 0.0246349

 0.0046767 0.0000178 

TINJW  120. 

OPERATE  MAX  STG  5.0e+006  CONT  

OPERATE  MAX  BHP  6000.  CONT 

GEOMETRY  J  0.208  0.249  1.  0. 

PERF  GEOA  'Inj-1'    11 7:19 16   1.  OPEN    FLOW-FROM  'SURFACE'  REFLAYER 

DATE 2007 2  1.00000 

DATE 2007 4  1.00000 

DATE 2007 7  1.00000 

DATE 2007 11  1.00000 

DATE 2008 1  1.00000 

DATE 2008 7  1.00000 

DATE 2009 1  1.00000 

DATE 2010 1  1.00000 

DATE 2011 1  1.00000 

DATE 2013 1  1.00000 

DATE 2015 1  1.00000 

DATE 2018 1  1.00000 

DATE 2020 1  1.00000 

DATE 2022 1  1.00000 

DATE 2025 1  1.00000 

DATE 2030 1  1.00000 

STOP 
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