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Fractures make both opportunities and problems for exploration and production 

from hydrocarbon reservoirs. It is always difficult to predict how to optimally produce a 

fractured reservoir due to the complexity and heterogeneity of fluid flow paths. 

The following behavior is seen in fractured reservoirs: early water breakthroughs, 

reduced tertiary recovery efficiency due to channeling of injected gas or fluids, dynamic 

calculations of recoverable hydrocarbons that are much less than static mass balance and 

dramatic production changes due to changes in reservoir pressure as fractures close down 

as conduits. These problems often lead to reduced ultimate recoveries or higher 

production costs. 

Polymer gels, in particular in-situ gels that can be placed deep into the reservoir, 

have been widely used for improved conformance control. In this dissertation, we aim to 

block the high-permeability zones, fractures in particular, with the microgels to increase 

the sweep efficiency by diverting the waterflood water to the low permeability zones that 

still contain unswept oil.  
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Polyacrylic acid microgels can swell a thousand fold as the pH of the surrounding 

solution changes, with an accompanying large increase in viscosity. This pH trigger is 

simpler than chemical cross-linking and thus offers operational advantages.  

The ability of pH-sensitive polymers to block high permeability fractures is 

studied by performing several coreflood and batch experiments. The effect of different 

rock and salt minerals, polymer concentration, polymer salinity, and temperature on 

polymer performance is studied in this dissertation. 

Polymer microgels show excellent consistency in the presence of various salt 

minerals and in contact with different rock minerals. The placement of microgels into the 

fractures lowered the overall core permeability in all cases. In addition, polymer 

microgels were stable after being in reservoir for a month with conditions at 58°C.   

Consequently, using pH-triggered polymers for conformance control and reducing 

the permeability of high permeability areas in fractured reservoirs merit further 

investigations. These polymers are inexpensive and are easy to prepare. The polymer 

concentration, salinity and shut-in time could be set according to the desired PRF value, 

injectivity, propagation distance and reservoir mineralogy. 
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Chapter 1: Introduction 

The movement of hydrocarbons and other fluids in fractured reservoirs or in 

conventional reservoirs with significant fracture permeability often is not as expected or 

predicted. Secondary recovery projects in dual porosity reservoirs with high 

transmissivity fractures must be carefully managed to avoid early water break-through 

into producing wells. 

The following behavior is seen in fractured reservoirs: early water breakthroughs, 

reduced tertiary recovery efficiency due to channeling of injected gas or fluids, dynamic 

calculations of recoverable hydrocarbons that are much less than static mass balance and 

dramatic production changes due to changes in reservoir pressure as fractures close down 

as conduits. These problems often lead to reduced ultimate recoveries or higher 

production costs. 

Water injection is commonly employed to increase the average reservoir pressure 

and push out the oil.  However, water flooding is not always successful. A persistent 

problem in waterflooding is channeling of the injected water into high permeability 

zones, which occurs in heterogeneous reservoirs. This is particularly true in naturally 

fractured reservoirs. In this situation, the water breakthrough time decreases, and 

significant portions of the reservoir remain untouched by the injected water. This reduces 

the sweep efficiency and oil recovery. 

A promising method to overcome the channeling problem is to block the high 

permeability zones with a specific kind of polymer or gel. By blocking the areas already 

swept by the water, subsequently-injected water can sweep an unswept area of the 

reservoir and thereby increase the oil recovery. The polymer should be very viscous to be 
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able to block the high permeability zones and ideally, these polymers should be 

economical and easy to prepare. 

Polyacrylic acid microgels can swell a thousand fold as the pH of the surrounding 

solution changes, with an accompanying large increase in viscosity (Choi et al., 2006). 

This pH trigger is simpler than chemical cross-linking and thus offers operational 

advantages. 

We have studied a specific pH-triggered polymer (Carbopol® 934) in batch and 

in reactive transport experiments. This microgel is not viscous in low pH environments, 

but if the pH increases, its viscosity increases by several orders of magnitude. In Chapter 

2, we present more information about pH-triggered polymers as well as their advantage 

over other commonly used polymers.  

In Chapter 3, we present the batch test results and the preliminary experiments to 

study the feasibility of using pH-triggered polymers to block the fractures and reduce the 

overall permeability in fractured cores. Also, we illustrate the procedure and the 

experimental set-up to run coreflood experiments.  

In Chapter 4, we present the results of several coreflood experiments to study the 

applicability of pH-triggered polymers to reduce the overall permeability of fractured 

cores. We measure the Permeability Reduction Factor (PRF) by injecting the water after 

polymer placement into the fractured cores cut from different types of sandstone and 

carbonate rocks. Also, we study the PRF dependency on shut-in time (geochemical 

buffering time) and microgel stability against injected water up to a certain injection 

pressure gradient. In addition, we estimate the maximum distance of polymer propagation 

into fractured reservoirs by recycling the injecting polymer. Finally, we present the 

results of polymer treatment in fractured blocks of sandstone rocks and cement cores at 

the end of the chapter. 
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In Chapter 5, we study the factors affecting the PRF and polymer performance. 

We present the effect of the polymer concentration, salt concentration, and presence of 

different type of salts on PRF by performing several coreflood experiments on fractured 

sandstone and carbonate cores. Finally, we study the polymer aging in reservoir condition 

by isolating the treated cores and putting them in an oven for specific time periods at 

58°C. 

In Chapter 6, we summarize all the key findings throughout this research and state 

the suggestions and recommendations for future studies in this field of research.  
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Chapter 2: Literature Survey 

Fractures make both opportunities and problems for exploration and production 

from hydrocarbon reservoirs. It is always difficult to predict how to optimally produce a 

fractured reservoir due to the complexity and heterogeneity of fluid flow paths. However, 

it is almost impossible to define the geometry of the fractures and faults controlling the 

flow.  

2.1 FRACTURED RESERVOIRS 

Over 20% of world’s oil and gas reserves are in fractured reservoirs (Saidi, 1983). 

A naturally-fractured reservoir (NFR) is a reservoir with a connected network of fractures 

created by natural processes like diastrophism and volume shrinkage (Ordonez et al. 

2001). Carbonate reservoirs hold 60% of worldwide oil in-place (Akbar et al., 2001). 

Carbonate reservoirs are usually naturally fractured (Chillinger et al., 1983) e.g., Ghawar 

field in Saudi Arabia, Cantarell field in Mexico, and Yates field in the USA. These are 

three of the largest fields in the world. In the U.S., oil reserves from shallow-shelf 

carbonate reservoirs account for 22% of the entire nationwide original oil in-place 

(OOIP). The interest in such fields has grown tremendously. Most of the NFRs have 

aquifers associated with them and need some kind of secondary recovery process such as 

waterflooding (German, 2002). Attempts to displace oil by waterflooding pose significant 

problems because the fractures lead to bypassing of the rock matrix and early 

breakthrough. 

NFRs have two parts: interconnected fractures which are the main flow path with 

high permeability and low storage volume, and reservoir matrix which is the main source 

of hydrocarbons with low permeability and high storage volume (Beckner, 1990). 
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Figure 2.1 shows the different parts and different definitions of a fractured 

reservoir. Fracture spacing is the average distance between each two parallel fractures in 

the reservoir and fracture aperture is equal to the opening width of a fracture.  

 

Figure 2.1: Different parts and different definitions of a fractured reservoir (Narr, 1996) 

 

2.2 OIL RECOVERY IN FRACTURED RESERVOIRS 

The total oil recovery does not generally exceed 10% in fractured reservoirs 

(Saidi, 1983). Processes currently used for improving the oil recovery from carbonate 

reservoirs include miscible gas injection, water alternate gas (WAG), simultaneous water-

alternating gas (SWAG), foam-assisted WAG, and microbial EOR. 

Producing from such reservoirs is complicated (Roehl et al., 1985; Allan et al., 

2003),  The process requires careful production management. Such reservoirs are often 
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characterized by high-permeability fractures and a low-permeability matrix medium. 

Usually, the productivity index is high at the beginning because of the fracture-driven 

production, but it can decrease quickly if matrix-to-fracture fluid transfer is slow or 

insufficient. This may lead to a premature water breakthrough if a water-drive recovery 

method is applied (Cosentino et al., 2002). Matrix production takes place by fluid 

expansion inside the matrix, imbibition in the matrix, and buoyancy between oil and 

water. The first mechanism has a very limited contribution to the matrix oil recovery. For 

imbibition, wettability is the main parameter (Zhou et al., 2000; Morrow et al., 2001; 

Tong et al., 2002; Hirasaki et al., 2004) because capillary forces predominate in the 

matrix blocks that are most often bypassed by the injected water. 

The process of water sucking into a porous medium by the action of capillary 

forces is referred to as spontaneous imbibition (Morrow et al., 2001). Under water 

injection or aquifer drive, subsequent recovery of oil from the rock matrix, if any, is 

mainly dependent on spontaneous imbibition of water, and is a relatively slow process. 

Spontaneous imbibition only occurs when the pore surfaces are effectively water-wet so 

that water imbibes into the rock matrix and oil is expelled into the fractures. The oil can 

then be flushed along the fractures toward the production wellbore. 

Water injection is commonly employed to increase the average reservoir pressure 

and push out the oil.  However, waterflooding is not always successful. A persistent 

problem in waterflooding is channeling of the injected water into high permeability zones 

which occur in heterogeneous reservoirs. This is particularly true in naturally fractured 

reservoirs. In this situation, the water breakthrough time decreases, and significant 

portions of the reservoir remain untouched by the injected water. This reduces the sweep 

efficiency and oil recovery. In addition, the water-oil ratio (WOR) increases, which 

increases the cost of the water flood process. 
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To produce the remaining oil trapped in matrix or in low permeability sections of 

a highly heterogeneous reservoir, operators can apply selective perforation (Yildiz, 2002, 

and Yildiz and Cinar 1998), deep profile modification (Nasr-El-Din et al., 2002), and 

infill drilling (Gould, 1989, Wu et al., 1989). Wasnik et al. (2005) presented a method to 

use a system comprising a resin and a hardener for controlling mud loss in fractured 

reservoirs.  

Another method to overcome the channeling problem is to block the high 

permeability zones with a specific kind of polymer or gel. By blocking the areas already 

swept by the water, subsequently-injected water can sweep an unswept area of the 

reservoir and thereby increase the oil recovery. The polymer should be very viscous to 

enable blocking of the high permeability zones and ideally, these polymers should be 

economical and easy to prepare. However, injecting a viscous polymer into the reservoir 

at reasonable rates requires high injection pressures. The limitation imposed by the local 

fracture gradient greatly restricts the depth to which such a solution can be placed. 

Therefore, we are looking for a polymer that can be injected easily to the reservoir, yet 

offers high resistance to flow once placed in the reservoir. 

Several approaches have been proposed to achieve this goal. Chemical cross-

linking of polymer molecules is one commonly used method. A solution of polymer and 

reactive agents such as Cr3+ ions has low viscosity. As the polymer cross-links, 

increasing the hydrodynamic size of the molecules, the viscosity of the solution rises 

significantly. The challenge in the field application of this method is to control the rate of 

the cross-linking, especially as reservoir temperature increases. Sydansk and Southwell 

(2000) discussed their wide experience with Cr (III) - carboxylate/acrylamide-polymer 

(CC/AP) gel technology for oilfield conformance control, sweep improvement and fluid 

shutoff treatment. They stated that gel treatments of this technology are applicable to 
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reservoirs having a broad temperature range (40°F up to 300°F in certain instances). In 

addition, Sydansk et al. (2005) characterized partially formed chromium (III) and high-

low molecular weight gels for water shutoff in fractures. Mennella et al. (1999) presented 

an analysis to define several physicochemical issues to understand the polymer shutoff 

mechanism and to develop a consistent technology by performing several experimental 

and simulation studies. In addition to the difficulty in controlling the cross-linking 

kinetics, the chromatographic separation of the polymer from the cross-linking agent can 

be an issue in some instances (Garver et al. 1989). 

Polyacrylic acid microgels can swell a thousand fold as the pH of the surrounding 

solution changes, with an accompanying large increase in viscosity. This pH trigger is 

simpler than chemical cross-linking and thus offers operational advantages. Denys et al. 

(1998) studied the effect of pH and salinity on permeability reduction caused by 

polyacrylate retention in a porous medium. According to them, two mechanisms are 

involved in such a process: pore plugging and adsorption. On the other hand, microgel 

particles are typically too large to enter pore throats and thus would be well suited for 

preferential placement in fractures. Al-Anazi and Sharma (2002) proposed that the pH-

sensitive polymers are excellent candidates for conformance control and it may also be 

possible to use them for temporary zonal isolation since they can be easily broken down 

with a mild acid wash and flowback. 

We have studied a specific pH-triggered polymer (Carbopol® 934) in batch and 

in reactive transport experiments. This microgel is not viscous in low pH environments, 

but if the pH increases, its viscosity increases by several orders of magnitude, as shown 

in Figure 2.2 (Choi 2006). According to Huh et al. (2005), the polymer viscosity can be 

calculated in porous media using the Peppas equilibrium swelling model, the Carreau 

model and the Martin equation. The algorithm has been coded and added to a reservoir 
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simulation model (GEM) (Choi et al., 2006). Benson et al. (2007) modeled and simulated 

the polymer gelation process and polymer propagation in oil reservoirs using this 

geochemical simulator. As presented in Figure 2.2, the transition zone from low viscosity 

to high viscosity values occurs at a pH around 4.  

Figure 2.2: Variation of apparent viscosity of Carbopol 934 with pH (Choi, 2006). 

The application of pH-triggered polymers to matrix treatments requires 

quantifying the geochemistry and rheology as functions of shear rate, mineralogy, 

polymer concentration, salinity, etc. Al-anazi and Sharma (2002) studied the permeability 

reduction and propagation of pH-sensitive polymers in non-fractured Berea cores. They 

proposed that pH sensitive polymers are excellent candidates for conformance control 

since the polymer can be placed deep into the reservoir by acid pre-flushing the media 

designed for that specific rock mineralogy. Based on experimental results in fractured 

cores, Seright (2001) developed a model to describe the gel propagation and dehydration 
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into the fractures. He proposed that injecting the polymer gel at the highest practical 

injection rate will maximize the gel penetration into fractures. 

Using pH-triggered polymers to seal fractures raises new questions. The rate of 

pH increase is expected to be slower than in a matrix treatment because the injected fluid 

will be contacting only the walls of the natural fractures. The reactive surface area will 

thus be smaller than for flow through a rock matrix. In principle, this should lead to 

greater depths of penetration. It also raises the possibility that the pH trigger could even 

be employed in naturally-fractured carbonate formations, whose mineralogy rapidly 

neutralizes acidic solutions. On the other hand, blocking a fracture is more difficult than 

blocking pore throats. The mechanical strength (yield stress) of the gel may thus be more 

important than its apparent viscosity. We address these issues in the next chapters. 
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Chapter 3: Experimental Setup and Primary Batch Test Results 

The goal of this chapter is to explain the experimental setup and primary batch 

tests to verify the applicability of pH-sensitive polymers to block the highly permeable 

fractures in fractured cores.  To achieve this goal, we designed a set of constant pressure 

and constant flowrate injection tests.   

To perform a flow injection experiment, the following steps are taken: 

a. Cutting cores from a homogeneous block of sandstone or carbonate. The blocks 

are 1 ft*1 ft*1 ft in size and have a uniform porosity and permeability.  

b. Cutting each core with a very thin blade along its length to make a straight 

uniform fracture. 

c. Putting each core back together and sealing the core’s edge with a proper sealant. 

More information about the core preparation is given in section 3.3. 

d. Vacuuming the core for at least 12 hours and saturating the core with brine. We 

used the solution of 3% NaCl in deionized (DI) water to saturate the core. All the 

cores have the same initial saturation condition throughout this research unless it 

is stated otherwise in following chapters. 

e. Putting the core into core-holder and applying the confining and axial pressure 

over the core and injecting brine into the core under constant injection rate 

condition to measure the primary overall permeability of each individual core. 

More detail about the experimental coreflood setup is given in subsequent 

sections. 

f. Injecting the polymer solution into the core under constant injection rate 

condition. We used the polymer solution containing 1% to 3%  Carbopol® 934 

and 3% NaCl by weight in DI water in almost all experiments unless it is stated 
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otherwise in subsequent chapters. More detail about polymer preparation is given 

in section 3.2. 

g. Shutting and sealing the core for a certain period of time to let polymer turn into 

microgel due to geochemical reactions. As will be seen in Chapter 4, the shut in 

time (geochemical buffering time) is an important factor in blocking the highly 

permeable fractures. 

h. Injecting brine into the treated core under constant rate or constant pressure 

criteria to measure the treated overall core permeability after polymer gelation.   

 

These are the usual steps in any coreflood experiment. Initially we were pre-

flushing the cores with a strong acid to wash out the reactive minerals to prolong the 

buffering time and to increase the polymer propagation into the core. According to Choi 

(Choi 2006), about 10 to 15 total core pore-volume of acid is needed to wash the highly 

reactive minerals in sandstone cores to let the polymer propagate in non-fractured cores. 

We gave up acid pre-flushing the fractured cores after concluding that acid pre-flush is 

not needed in a core with a highly permeable fracture by performing several experiments. 

More detail about acid-pre-flushing is given in section 4.2.  

3.1 EXPERIMENTAL SET UP IN CONSTANT FLOW INJECTION EXPERIMENTS 

In all of the coreflood experiments, we used a piston pump to inject the liquid 

(either brine or polymer) into the core. The flowrate could be set all the way from 0.01 

cc/min up to 12.00 cc/min. We used 1 ft long Hassler steel coreholder rated for pressure 

up to 15,000 psi. We used three different pressure gauges in parallel which could record 

pressures up to 10 psi, 50 psi, and 2,000 psi to maintain accuracy. We only measured the 
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pressure drop across the core and did not use any pressure gauges to measure the pressure 

in any other part of the core.   

We used three different pressure gauges because initially the fracture in the core 

is wide open and the overall pressure drop across the core is in order of 5-80 psi, 

depending on the core mineralogy and initial condition. In this case, the high range 

pressure gauges are not sufficiently sensitive and accurate to measure the low range 

pressures. But after polymer treatment, the polymer microgels block the fracture and 

reduce the overall core permeability, which results in a pressure drop of 200-1,200 psi.  

Therefore, if we had used only low range pressure gauges we would have missed the 

reading of high pressure drops across the core after polymer treatment.  

All three pressure gauges were connected to a data collector which was recording 

the pressure data in an Excel sheet.  Figure 3.1 shows the overall configuration of the 

constant injection rate experiments. 

 

Figure 3.1: Core flood setup for constant injection rate experiments 
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3.2 EXPERIMENTAL SET UP IN CONSTANT PRESSURE INJECTION EXPERIMENTS 

In field applications for conformance control, the polymer in the fractures will 

experience a constant pressure from the injection well, rather than a constant rate.  To 

study the capability of polymer microgels to hold up against injected water we designed 

and performed a set of constant pressure experiments.  The experimental set up is almost 

the same as in Figure 3.1 but we replaced the injection pump with a steel accumulator 

which could stand the pressure up to 6000 psi. Also, we added a pressure regulator to set 

the injection pressure to any designated value from 0 to 100 psi. Figure 3.2 shows the 

overall configuration of the constant injection pressure experiments. We used the 

pressurized air to push the plug inside the accumulator which results in injecting the brine 

at a constant pressure into the coreholder. Also, the accumulator could be used to inject 

corrosive liquids such as strong acids into the coreholder to avoid damaging the injection 

pump under constant pressure or constant rate injection condition. 

Figure 3.2: Coreflood setup for constant injection pressure experiments 
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3.3 PREPARING THE FRACTURED CORES 

We cut all the cores from a homogeneous 1ft*1ft*1ft block of either sandstone or 

carbonate. We used different rock types throughout this research such as Berea 

sandstone, Boise sandstone, Texas Cream limestone, etc. All the cores have about 1-ft 

length and 1-inch diameter. We cut each core with a thin blade along its length to make a 

straight uniform fracture along the core. A schematic view of a fractured core is 

presented in Figure 3.3 and Figure 3.4 shows a core before and after being cut along its 

length. 

             

 

Figure 3.3: Side view (left) and top view (right) of a fractured core 

 

Figure 3.4: A Berea sandstone core before (top) and after (bottom) being cut by a thin 
blade 
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Figure 3.5: Blue lines show the water path into a treated core sealed by Teflon shrink. 
The injected water bypassed the fracture and travels along top and bottom 
edge 

We tried different methods and materials to put both sides of a fractured core back 

together. Initially, we covered each sliced core with heat shrink Teflon and put them in 

oven so the Teflon shrinks and keeps both sides of a fractured core tight together. This 

method is very effective at keeping the core in one piece, but it cannot prevent the flow of 

injecting liquid along the fracture edge which results in bypassing the core. Figure 3.5 

shows the water path (blue lines) as we injected dyed water into the core after polymer 

treatment. The injected water bypassed the core completely and mostly flowed along the 

edge of the core. 

As the second approach, we used epoxy on the edge of the fracture. Epoxy makes 

an excellent seal along the edge of the fracture. The problem with using epoxy is after 

applying it, an uneven surface develops along the edge of the core which makes it 

impossible to put the core into the coreholder. Therefore, the uneven area should be 

smoothed using sand paper which takes much effort and energy. The other problem is if 

we want to open the core after the experiment to observe the polymer distribution inside 

the core (as we did in Figure 3.5) it is impossible to open the core without breaking it into 

pieces due to the extreme toughness of hardened epoxy.  

 

Flow direction 
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The last and best solution is using the silicon rubber adhesive sealant along the 

edge of the fracture. It is very easy to apply and it makes a very good seal along the edge 

of the core. Also, it is very easy to open the core after experiment with just a sharp tool. 

After cutting the core and applying the silicon to keep the core in one piece and 

sealing the fracture edge, we put the core in the coreholder in order to saturate it before 

performing the experiment. After vacuuming the core for at least 12 hours, we saturated 

the core with brine and measured the volume of brine sucking into the core to determine 

the total core pore volume. The core was then ready to be used in a coreflood experiment. 

 

3.4 PREPARING THE POLYMER 

The polymer solution that we used in almost all coreflood experiments in Chapter 

4 and part of Chapter 5 is a mixture of 3% Carbopol® 934 and 3% NaCl in DI water. 

Note that the polymer is available in a very fine powder form. To make the polymer 

solution, first we prepare the brine by mixing NaCl in water. The presence of NaCl in 

solution increases the ease of dissolving the polymer powder in water. Polymer should be 

added gradually and each time a very small amount of polymer should be added to the 

brine container, which is on a magnetic stirrer set to the maximum speed. A dust mask is 

highly recommended at this point to avoid inhaling the polymer powder.  

After adding the polymer in brine, we make sure that the entire polymer is 

completely mixed with water by letting the stirrer remain on maximum speed for at least 

4 hours. After that, we set the stirrer on a very low speed for at least 12 hours to let the 

bubbles dissolve from the solution. After 12 hours, if there are still bubbles in the 

polymer solution, it should be vacuumed before injection. Otherwise, it is ready to use. 
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The pH of freshly-prepared polymer is about 2 to 2.2 and its viscosity is around 10 to 15 

cp.  

3.5 BATCH TESTS 

The key process in using the pH-sensitive polymers to block fractures centers 

around reactions with minerals in the rock being able to increase the pH of polymer 

solution. In the first step of studying this phenomenon, we performed a set of batch tests 

by adding three different acids to crushed sandstone or limestone rock. During this 

process, we monitored the pH of the mixture through time. We picked hydrochloric acid, 

which is a strong acid, citric acid, which is a weaker acid, and acetic acid, which is the 

monomer of the polymers that we are using. The acid general information is listed in 

Table 3.1. 

 

Table 3.1: General acid information used in batch tests 

 Acid MW gr/mole SG Viscosity, cp pKa 

Acetic acid 60.05 1.05 1.22 4.76 

Citric acid 162.13 1.67 - 3.15-6.4 

Hydrochloric acid 34.46 1.19 1.9 -8 

 

We crushed the rocks using a rock grinder to have more available rock surface 

area to react with acid (Figure 3.6). We kept the mixture of acid/rock in a closed 

container the whole time in this experiment.  
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Figure 3.6: Crushed rock used in batch tests 

3.5.1 Neutralization of Acid Solutions in Contact With Sandstone/Limestone Rocks 

In the first set of batch tests, we prepared the acid solutions so that all have equal 

pH of 2.00 by diluting the initial acid solutions with DI water.  The general information 

about prepared acid solutions are listed in Table 3.2. 

 

 

Table 3.2: Prepared acid solutions in batch tests 

Case# Acid 
Initial Acid 

pH 
State 

Grams of acid 

added to water 

Mole acid in 

solution 

1 Acetic 2.00 Liquid 12.1 2.01E-01 

2 Citric 2.00 Powder 1.26 6.56E-03 

3 Hydrochloric 2.00 (aq) -37.1% 0.02 4.96E-04 

After preparing the acid solutions, we mixed 100 grams of each solution with 100 

grams of crushed rock (Berea sandstone or Texas Cream limestone) and monitored the 

Sandstone Limestone 
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change in pH through time. The mixing of acetic acid with DI water is endothermic and 

decreases the solution temperature. Therefore, we let the solution equilibrate to room 

temperature before mixing with rock to have an identical initial condition for all acid 

solutions. The change in pH of the mixtures through time is presented in Figure 3.7 in 

contact with sandstone rock and in Figure 3.8 in contact with limestone rock. 

Figure 3.7: pH change through time for each acid solution in contact with Berea 
sandstone rock 
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Figure 3.8: pH change through time for each acid solution in contact with Texas Cream 
limestone rock 

As shown in Figure 3.9 and Figure 3.10 the rock is able to neutralize and increase 

the pH of each acid. The rate of increase and the ultimate pH for HCl is higher than other 

two solutions as might have been expected due to the hydrochloric acid higher reaction 

rate with sandstone/limestone minerals. Also, the reaction rate and the ultimate pH is 

higher for solutions in contact with limestone rocks due to the abundance of groups 

which have higher carbonate reaction rate with acid than minerals in sandstone rocks in 

general. Based on the above plots, the reaction rate for each specific acid in contact with 

Berea or limestone rock can be calculated. The first order rate equation law in chemical 

reactions is  
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where �H��� and �H�� are the initial and final hydrogen concentrations, 

respectively, and t is the reaction time. The average reaction rates are listed in the table 

below. The reaction rates are higher at early time due to the abundance of fresh and 

unreacted minerals. Note that the reaction rates are based on the change in pH after 3 

days. 

 

Table 3.3: Reaction rates (1/s) based on batch experiments 

 Berea sandstone Texas Cream limestone 

Acetic acid 1.66E-4 4.18E-3 

Citric acid 1.54E-4 4.32E-3 

Hydrochloric acid 5.37E-4 7.99E-3 

The reaction rate reported for citric acid in contact with Berea sandstone is close 

to the value reported by Choi (1.12E-4 1/s). Also, based on the batch experiments, the 

reaction rate of Carbopol 3% in contact with Berea sandstone and Texas Cream limestone 

is 1.79E-4 and 5.56E-3 (1/s), respectively, which is close to the calculated reaction rate 

for citric acid.  

The Damköhler number (NDa), a dimensionless number used to relate chemical 

reaction time scale to residence time in the system, represents the relative importance of 

reaction kinetics, acid concentration, and injection rate. In this case, NDa is the ratio of 

acid consumption rate and acid convection rate. A large Damköhler number indicates a 

fast reaction rate in comparison with convection rate and vice versa.  

For a general chemical reaction A�B of nth order, the Damköhler number is 

defined as  

                                                ��� � ����
����       (Equation 3.2) 
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where, C0 is the initial concentration. For our purpose, we will use the following 

equation (Lake et al., 2002) 

                                      ��� � ��������� ����

�������� ����
�

���
�
�

��

                (Equation 3.3) 

To calculate the Damköhler number for Carbopol 3% solution in contact with 

fractured Berea sandstone core, we used the fracture volume to calculate the residence 

time because the majority of the polymer solution goes into the fracture rather than going 

into the lower permeability matrix. The calculated Damköhler number is 1.3E-10, 

indicating that the reaction is very slow in comparison to the convection rates; thus, 

convection is basically controlling the process.  

In summary, the minerals in sandstone/limestone rocks are able to neutralize the 

acid solutions, a behavior needed for applicability of pH-sensitive polymers to form gel 

particles in hydrocarbon reservoirs. However, many factors are involved in this process 

such as rock-to-acid contact area, rock-to-acid volume, variation in mineralogy in 

different reservoir locations, etc. A detailed survey is recommended to study the various 

reactions and precipitations involved in this process (as shown in Figure 3.9). 

 

Figure 3.9: The difference in the color of the solutions suggests different reactions 
between acid solutions and the medium rock 

Berea 
sandstone 

Acetic Acid  Citric Acid  HCl 



 24 

3.5.2 Neutralization of Polymer Solutions in Contact With Sandstone/Limestone 
Rocks 

After we finished the acid batch tests, we repeated the same experiment as in 

section 3.5.1 but using polymer solution instead of acid solutions. We used two different 

polymer solutions to mix with crushed sandstone/limestone rock which are listed in Table 

3.4. We set the polymer concentration to 3% and 1% and salt concentration to 3% in both 

cases.  

 

Table 3.4: Polymer solutions used in batch test 

Solution # Polymer Polymer 

concentration 

Salt Salinity 

1 Carbopol® 934 3% NaCl 3% 

2 Carbopol® 934 1% NaCl 3% 

 

We mixed 50 gr of polymer solution with 50 gr of crushed Berea sandstone or 

Texas Cream limestone rock. We crushed each rock with a grinder to have more 

polymer/rock contact area. We mixed the polymer solutions with rock in a closed 

container and measured pH through time. The change of pH through time for each 

polymer solution is shown in Figure 3.10 and Figure 3.11. 
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Figure 3.10: Polymer pH versus time in contact with sandstone/limestone rock for 
solution#1 (Table 3.4) 

  

Figure 3.11: Polymer pH versus time in contact with sandstone/limestone rock for 
solution#2 (Table 3.4) 
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The first and most important interpretation from the last two figures is that the 

rock is able to neutralize the polymer solution and increase its pH. The rate of increase in 

pH is faster at the beginning since there are more reactive minerals are available in the 

solution. Solution #1 acts almost like acetic acid. The rate of pH increase for solution #2 

is higher and it reaches a slightly higher plateau since less initial polymer was available 

in the solution.  

3.6 SUMMARY AND CONCLUSIONS 

In this chapter, we presented a way to make fractured cores. We showed how to 

design and set up the core-flood apparatus to run either constant injection or constant 

pressure experiments.  

The most important goal of this chapter was to study the ability of medium rock 

to neutralize and to increase the pH of polymer solution. The batch test results showed 

that polymer pH increases through time after being in contact with either sandstone or 

limestone rocks due to the geochemical reactions. No triggering additive or cross-linking 

agent is needed to start the polymer gelation after being injected into the reservoir. Figure 

3.12 shows the polymer microgels inside the container at the end of batch tests.  

However the polymer microgels are formed in each container, the texture of 

microgels is different. In the sandstone container, the polymer microgels are easily 

distinguishable from the rock and microgels are covering the whole surface. However, in 

the limestone container, the polymer microgels are completely mixed with the rock, 

making it harder to clearly distinguish the microgels from rock particles.  

The rate of increase in polymer pH is faster in carbonate rocks than in sandstone 

rocks due to the abundance of minerals which have a very large reaction rate in contact 
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with acid. Also, as presented in Figure 3.13, by reducing the polymer concentration, the 

rate of increase in pH will be higher due to the less available acidic groups in solution. 

 

 

Figure 3.12: Formed microgels (white) at the end if batch tests for solution #1. Crushed 
limestone (left) and crushed sandstone (right)  

Figure 3.13: Rate of increase in polymer pH with different polymer concentrations in 
contact with sandstone and limestone rocks. Solution #1 has an initial 
polymer concentration of 3% and solution #2 has an initial polymer 
concentration of 1%  
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Chapter 4: Studying the Ability of pH-triggered Polymers to Reduce the 
Fracture Permeability 

Based on observations from batch tests described in Chapter 3, the triggering 

process is a time-sensitive phenomenon. In this chapter, we present the coreflood results 

to show the effect of shut-in time (geochemical buffering time) on the polymer gelation 

and overall core permeability reduction.  

Also based on batch test results, the rock minerals affect the rate of polymer 

gelation, i.e. the rate of pH increase is higher while polymer is in contact with carbonates 

than when in contact with sandstone rocks. We present the results of several coreflood 

experiments in six different rock types.  

In addition, we study the ability of the gelled polymer to hold up against injected 

water. This is an indicator of ability of pH-triggered polymers for deep conformance 

control and in fracture networks. 

4.1 PERMEABILITY REDUCTION FACTOR 

To measure the capability of polymer gels to block the fracture and to reduce the 

overall core permeability, we use the parameter called Permeability Reduction Factor 

(PRF). PRF is defined as follows: 

K

K
PRF 0�

       (Equation 4.1) 

Where, 

0K  = Initial overall core permeability 

K   = Treated overall core permeability 

 

Parameter K  presents the overall core permeability after polymer gelation. Since 

we use fractured cores, we used the word ‘overall’ to indicate that it is not only the 
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fracture permeability, Kf, nor only the matrix permeability, Km,but a combination of these 

two which forms the overall core permeability.  

High PRF values show that the polymer gel inside the core was able to block the 

fracture and reduce the overall core permeability. To measure the PRF, we inject brine 

into the saturated fractured cores at the beginning of experiment to measure the initial 

overall core permeability (K0) by monitoring the pressure drop across the core. The 

injection rate varies from 2 cc/min to 10 cc/min depending on the matrix permeability. 

After polymer injection, we shut the core for a certain period of time and repeat the brine 

injection to measure the treated overall core permeability (K).  

In constant injection pressure experiments, we measure the flowrate by collecting 

effluent samples at the outlet.  

Based on the above definition the Ideal PRF can be defined as: 

�������� �
��

��
 

which is the ratio of matrix permeability to initial overall core permeability. PRF 

values higher than Ideal PRF indicates that polymer microgels are partially invaded the 

matrix and has reduced the matrix permeability as well as the fracture permeability. On 

the other hand, PRF values lower than Ideal PRF indicates that the polymer microgels 

did not block the fracture completely and the fracture is still contributing to overall 

flowrate. Therefore, in the polymer treatment designs we want to be as close as possible 

to Ideal PRF. 

4.1.1 Fracture Aperture 

Petroleum reservoirs such as sandstone and carbonate frequently contain natural 

fractures or solution channels. Matrix permeability refers to flow in primary pore spaces 

in a reservoir rock. However, fracture permeability refers to flow in cracks or channels in 
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the rock which is also called secondary network. These fractures do not change the 

permeability of matrix; however, they do change the overall effective permeability of the 

flow network due to altering the pore space saturation distribution in the matrix or 

fracture network. Therefore, the understanding of fracture permeability and its 

contribution to overall or total conductivity of the system is a key parameter.  

The equations for fracture/channel permeability are based on Poiseuille’s equation 

(Bird et. al) for fluid flow in capillary tubes: 

                                                      � � ���∆�

���
                                            �Equation 4.2) 

or in terms of area, A= πr� ,  

                                                           � � ���∆�

���
                                            �Equation 4.3) 

According to Darcy equation, 

                                                          � � ��∆�

��
                                         (Equation 4.4) 

By equating the Darcy equation and Poiseuille’s equation, the permeability of a 

channel can be defined as 

                                                           �������� � ��

�
                                 (Equation 4.5) 

Similarly, the fracture permeability equation is also derived by comparing flow 

equations for a simple geometry of slots of fine clearances with that of porous media. For 

flow through slots of fine clearances (analogous to fractures),  

                                                           ∆� � �����

��                                     (Equation 4.6) 

where ν is the interstitial flow velocity.  

By equating Equation 4.6 with Darcy equation: 

                                                         ∆� � ���

�
                                              (Equation 4.7) 

The fracture permeability can be defined as: 

                                                        ��������� � ��

��
                                   (Equation 4.8) 
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where h is the thickness of the slot or the aperture of the fracture (ω). For 

example, for an open fracture (100% porosity) with 100 micrometer aperture, the fracture 

permeability is 830 Darcy.  

4.1.2 Fracture Permeability 

As shown in the Figure 4.1, consider the case of fluid flow in vertically stacked 

porous media. Each layer has its own properties, such as permeability, porosity, etc. 

(assuming no cross flow between layers). The average permeability of such a 

combination can be derived by applying the Darcy equation for each individual layer:  

 

                                                                �� � �������

�
                               (Equation 4.9) 

 

 

Figure 4.1: Fluid flow through parallel media 

By equating the Darcy equation for the whole media with summation of flow 

through each layer, 

                                                          ������ �  ∑ �� ��                          (Equation 4.10) 

which  
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                                                           �� � ∑ ��                                      (Equation 4.11) 

Therefore, 

                                                           ���� �  
∑ ����

∑ ��
                                      (Equation 4.12)  

Likewise, we can use the same methodology in order to derive the equation to 

calculate the fracture aperture. Let’s start with the Darcy equation in parallel media: 

                        ������ � ��������� � ������� � ��

��
����� � �����     (Equation 4.13) 

In this case, we have two different media: matrix and fracture with different 

permeabilities. The fracture area can be approximated by 

                                                          �� � ��                                        (Equation 4.14) 

where ω is the fracture aperture and D is the core diameter. Therefore, the matrix 

area is 

                                                        �� � ���

�
� ��                                 (Equation 4.15) 

Consequently,  

                               ������      �  ��

��
����

��
� �� ����

�
� ����              (Equation 4.16) 

Note that 

k� �
ω�

12
 

The fracture aperture, ω, can be calculated from above equation using numerical 

methods. Note that total flowrate, total pressure loss over the core, core length, core 

diameter, matrix permeability, km, and fluid viscosity are known values. The pressure in 

Equation 4.16 is the stabilized (steady state) pressure in constant water injection rate 

experiments and only one set of rate-pressure data points are used to calculate the fracture 

aperture. Note that based on the calculated aperture for every experiment (50-200 

micron), the typical kfAf is 10 to 100 times larger than kmAm.  Thus fracture aperture, ω, 

can be readily determined from Equation 4.16. 
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4.2 EFFECT OF SHUT-IN TIME (GEOCHEMICAL BUFFERING TIME) ON PRF 

Here we used the set up presented in Figure 3.1 to perform the coreflood 

experiments under the constant injection rate criteria. The polymer that we used in this 

part is the mixture of 3% Carbopol 934® and 3% NaCl in DI water.  We prepared the 

fractured Berea sandstone cores by the method discussed in section 3.3.  

After polymer injection, we shut the core for a certain period of time to let the 

polymer react with the rock minerals and turn into microgel inside the core. After 

polymer gelation, we measure the core overall permeability by injecting brine and 

monitoring the pressure drop across the core. The goal of coreflood experiments in this 

section is to verify the polymer gelation after being inside the core which is the second 

step in this research after performing batch tests. 

The initial overall core permeability, treated core overall permeability, PRF, and 

some other information of seven corefloods are presented in Table 4.1 Note that all cores 

are made from homogeneous Berea sandstone blocks. The average permeability of 

homogeneous unfractured Berea sandstone is about 450 mD with an average porosity of 

21%. 

According to PRF values in Table 4.1, the placement of pH-triggered polymer in 

the fractured cores reduced the overall core permeabilities in all cases.  We varied the 

shut-in time from 10 minutes to 48 hours. The PRF depends on the shut-in time 

primarily. In Experiment #7, during the second brine injection to measure the treated 

overall core permeability, injected brine washed part of the ungelled polymer solution out 

of the core due to a very short shut-in time. The PRF versus shut-in time for experiments 

presented in Table 4.1 is shown in Figure 4.2. Note that the Y-axis is logarithmic. 
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Table 4.1: Initial and treated overall core permeabilities and PRF values for seven 
coreflood experiments 

Experiment

# 

Initial overall 

core 

permeability, 

mD 

Acid 

pre-

flush 

Polymer 

initial 

pH 

Shut-

in 

time, 

hr 

Treated overall 

core 

permeability, 

mD 

PRF 
Ideal 

PRF 

1 4345 Yes 2.0 48 20 217 10 

2 1410 No 2.0 48 15 94 3 

3 2890 Yes 2.1 21 150 19 6 

4 2390 Yes 2.1 2 535 4 5 

5 1240 No 2.1 2 180 7 3 

6 2190 No 2.0 0.25 425 5 5 

7 1700 Yes 2.1 0.17 950 2 4 

 

Figure 4.2: PRF versus shut-in time for experiments# 1-7 presented in Table 4.1 
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In four of the experiments presented in Table 4.1, we pre-flushed the core with 

HCl, pH = 2, before polymer injection. During the acid injection we were monitoring the 

effluent pH. Figure 4.3 shows the effluent pH of experiments #4 and #7 as an example. 

Figure 4.3: Effluent pH during acid pre-flush for experiment #4 and #7 

The purpose of acid pre-flush is to neutralize the highly reactive rock minerals to 

prevent early and premature polymer gelation. By ‘early gelation’ we mean polymer 

gelation during polymer injection, an undesirable phenomenon that would reduce 

injectivity in the field and reduce the depth of placement. We injected about 4 to 6 core 

pore volume of acid into the core and stopped the injection after observing a constant 

effluent pH. We expect that the majority of the injected fluid goes through the fracture 

due to the high permeability contrast between matrix and fracture. Therefore, the amount 

of fluid going through the fracture is about 100 times greater than that of the fluid going 
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through the matrix. Although all the cores in this section are cut from the same sandstone 

block, the rate of pH drop in experiment #7 is higher than in experiment #4.  

 

Figure 4.4: Effluent pH during polymer injection for experiment #4 and #5 

Also, we measured the effluent pH during polymer injection for two different 

cases with and without acid pre-flush. As shown in Figure 4.4, the effluent pH of 

experiment #5 (No acid pre-flush) is only slightly higher than effluent pH of experiment 

#4 (With acid pre-flush) which does not imply a significant difference in polymer 

geochemical buffering time or PRF. In addition, no polymer microgel was observed 

during the polymer injection in effluent in any of the seven cases presented in Table 4.1. 

After this set of seven experiments, we concluded that acid pre-flush is not a necessary 

step in fractured reservoirs due to the very short polymer residence time in the fracture. 
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However, acid pre-flush would be recommended in highly reactive rocks (such as 

carbonates) with a low matrix-fracture permeability contrast. This issue will be discussed 

again in future sections. As a summary, acid pre-flush could be skipped in the polymer 

treatment process in fractured reservoirs unless it is absolutely necessary to prevent early 

polymer gelation. 

A major key observation made in performing this set of experiments was the ease 

of polymer injection into the core due to the low initial polymer viscosity (5 to 15 cp).  

No problem arose during polymer injection in any of the cases; it was very convenient to 

inject the polymer into the core using conventional piston pumps. The pressure drop 

across the core during brine and polymer injection and all detailed information for 

experiment #4 is presented in Figure 4.5 and Table 4.2.   

 

Table 4.2: Detailed information of experiment#4 

Core rock type Homogeneous Berea sandstone  

Core saturation fluid Brine 3 wt%  

Total injected polymer volume 27.6 cc 

Core length 11.4 inch 

Core diameter 0.9 inch 

Fracture aperture 150 micron 

Fracture pore volume 1.03 cc 

Total core porosity 23.5 % 

Matrix porosity 22.9 % 

Matrix permeability 432 mD 

Fluid injection rate 10 cc/min 
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As shown in Figure 4.5 the pressure drop during polymer injection is about 23 psi. 

This increase in pressure drop in comparison with first brine injection is not due to the 

polymer gelation, but rather due to the higher polymer viscosity than brine viscosity. 

However, the increase in pressure drop during second brine injection is due to the 

polymer gelation inside the core. No problem was found during polymer injection in any 

of the cases; it was very convenient to inject the polymer into the core using conventional 

piston pumps.  

In summary, we verified the polymer’s ability to form microgels and to block the 

highly permeable fractures. Polymer was able to reduce overall permeability in all cases 

and no polymer gelation occurred during the polymer injection. PRF is strongly 

dependent on shut-in time which is the time that polymer pH increases as the 

geochemical reactions take place inside the core.  This results in an increase in polymer 

viscosity by several folds. 

 

Figure 4.5: Pressure drop across the core during brine and polymer injection for 
experiment#4, (flowrate = 10 cc/min) 
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In experiment #7, we performed the second brine injection immediately after 

polymer injection. However, it took 10 minutes to prepare the apparatus to switch from 

polymer injection to brine injection. In this case the injected brine washed out the 

ungelled polymer from the core which resulted in a low PRF value of 2. Therefore, it is 

necessary to shut the core for a certain period of time (at least 30 to 60 minutes) to let the 

geochemical buffering reactions take place inside the core to increase polymer pH.  

Also important to note here is the need to keep the confining and axial pressure 

constant over the core during all experimental periods as it affects the fracture aperture 

and pressure drop across the core. We present an example of how changing the confining 

and axial pressures can change the pressure drop across a fractured core in Table 4.3. The 

confining pressure has more effect on pressure drop than axial pressure since it controls 

the pressure drop around the core, which affects the fracture aperture. Confining pressure 

should be at least 300 psi more than axial pressure to prevent the injected liquid from 

flowing around the core. We kept the confining and axial pressure at 1,000 psi and 600 

psi, respectively, in this section. Axial and confining pressures should be set according to 

the rock toughness to avoid breaking the core during experiment. Also, axial pressure 

should be applied before confining pressure or it results in breaking the core inside the 

coreholder. 

Finally in case of Ideal PRF, the PRF values in case 1-3 are much higher than 

Ideal PRF which indicates the matrix invasion by polymer microgels. Conversely, the 

PRF value in case 7 is smaller than Ideal PRF which indicates that the fracture is not 

completely blocked and still is contributing to overall flow which is due to the very short 

shut-in time. Lastly, the PRF values in cases 4-6 is close to Ideal PRF which should be 

the goal in polymer treatment performances. 
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Table 4.3: Effect of axial and confining pressures on pressure drop across the core 

Axial 

pressure, psi 

Confining 

pressure, psi 

Pressure drop 

across the core, psi 

Overall core 

permeability, mD 

400 600 35 1365 

400 800 40 1180 

400 1000 41 1150 

400 1200 47 1010 

600 1200 39 1230 

800 1200 42 1140 

1000 1200 42 1140 

200 400 21 2260 

400 800 29 1660 

600 1200 36 1320 

800 1600 42 1130 

1200 2000 50 940 

 

4.3 CAPABILITY OF PH-TRIGGERED POLYMERS TO REDUCE OVERALL FRACTURED 
CORE PERMEABILITY IN CONTACT WITH DIFFERENT ROCK MINERALS 

Up to this point, we validated the polymer ability to reduce the overall 

permeability of fractured Berea cores. It is easy to inject the polymer solution and no 

triggering or cross linking agent is needed to trigger the polymer gelation. The next step 

is to study the polymer performance and to measure the PRF values using different 

fractured cores made from different rock types. For this purpose we made fractured cores 

from five different rock samples (Figure 4.6). We performed the polymer treatment 
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process the same way as discussed in Chapter 3. The polymer solution that we used in 

this section is the mixture of 1% Carbopol 934® and 3% NaCl in DI water. 

 

Figure 4.6: Cores used to make fractured cores in this section. From top to bottom: 
Indiana Limestone, New Mexico Dolomite, Texas Cream Limestone, Berea 
Sandstone and Boise Sandstone. Note that all cores are cut from 
homogeneous blocks of rock. 

4.3.1 Homogeneous Berea Sandstone 

At first, we measured the matrix permeability and porosity by injecting brine into 

a non-fractured homogeneous Berea core. The core length was 11.5 inches with a 

diameter of 0.98 inch. The core pore volume was 33.2 cc which results in 23.4% porosity. 

The pressure drop across the core is shown in and Figure 4.7. The ultimate pressure drop 

of 27 psi results in matrix permeability of 535 mD. 

After preparing fractured cores and saturating with 3% NaCl brine, we injected 

the polymer solution into the core. The results of polymer treatment are shown in Figure 

4.8 and Table 4.4. 
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As stated in Table 4.4, the PRF for this particular experiment is 13 and placement 

of pH-triggered polymer in the fractured cores reduced the overall core permeabilities 

down to 80 mD. No sign of polymer gelation was observed during polymer injection. As 

a result, the polymer treatment process was successful and the polymer solution turned to 

microgels and blocked the fracture after being injected into a homogeneous fractured 

Berea core. 

Figure 4.7: Pressure drop across a homogeneous non-fractured Berea core during brine 
injection (flowrate= 10 cc/min) 
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Table 4.4: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured Berea sandstone core 

Core type (fractured) Homogeneous Berea sandstone  

Fracture aperture 100 micron 

Fracture permeability 833 Darcy 

Initial overall core permeability 1025 mD 

Shut-in time 1 hr 

Treated overall core permeability 80 mD 

PRF  13   

Ideal PRF 2  

 

 

Figure 4.8: Pressure drop across the core in different stages of polymer treatment in a 
fractured Berea core (flowrate = 10 cc/min) 
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4.3.2 Layered Berea Sandstone 

This type of rock is different from the homogeneous version, but they share 

almost the same minerals. It is called ‘layered’ because of the presence of layers of clay 

in the rock structure. Layered Berea permeability and porosity is lower than 

homogeneous Berea rock in general.  We chose this type of rock to validate the polymer 

effectiveness in presence of clay minerals. At first, we measured the matrix permeability 

and porosity by performing brine injection into a non-fractured layered Berea core. The 

core length was 11.7 inches with a diameter of 0.98 inch. The core pore volume was 28.5 

cc which results in 23.8% porosity. The pressure drop across the core is shown in Figure 

4.9. The ultimate pressure drop of 110 psi results in matrix permeability of 151 mD. 

 

Figure 4.9:  Pressure drop across a non-fractured Berea core during brine injection 
(flowrate= 10 cc/min) 
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We saturated the fractured core with 3% NaCl brine and performed the polymer 

treatment on the core. The results of polymer treatment are shown in Figure 4.10 and 

Table 4.5. After 1 hour shut-in, the overall core permeability reduced to 45 mD, which 

results in PRF of 15. Again, no sign of premature polymer gelation occurred during 

polymer injection. Consequently, the polymer treatment process was successful. The 

polymer solution turned to microgels and blocked the fracture after being injected into a 

fractured layered Berea core and shut-in for one hour. 

 

Table 4.5: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured layered Berea sandstone core 

Core type (fractured) Layered Berea sandstone  

Fracture aperture 85 micron 

Fracture permeability 600 Darcy 

Initial overall core permeability 670 mD 

Shut-in time 1 hr 

Treated overall core permeability 45 mD 

PRF  15   

Ideal PRF 4  
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Figure 4.10: Pressure drop across the core in different stages of polymer treatment in a 
fractured Berea core (flowrate = 10 cc/min) 

4.3.3 Boise Sandstone 

We chose Boise sandstone as the next candidate for polymer treatment. Boise 

sandstone is a very permeable rock with a high porosity. We selected this rock to try the 

polymer treatment to reduce overall permeability in a rock with such a highly permeable 

matrix. We measured the matrix permeability and porosity by performing brine injection 

into a non-fractured Boise sandstone core. The core length was 11.5 inches with a 

diameter of 0.99 inch. The core pore volume was 41.4 cc which results in 28.5% porosity. 

The pressure drop across the core is shown in Figure 4.11. The ultimate pressure drop of 

16 psi results in matrix permeability of 880 mD. 
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Figure 4.11:  Pressure drop across a layered non-fractured Boise core during brine 
injection (flowrate= 10 cc/min) 

In this experiment, we saturated the core with fresh water. We injected the 

polymer solution at a pH of 2 (same as other experiments in this section) and shut the 

core for one hour. After one hour, we injected brine into the core to measure the treated 

overall core permeability. Placement of pH-triggered polymer in the fractured cores 

reduced the overall core permeabilities to 165 mD, which results in PRF value of 9. The 

treated overall core permeability is about 20% of the original matrix permeability which 

shows that the polymer gels have invaded the matrix as well as the fracture, which might 

have been expected due to the very high matrix permeability of 880 mD. More 

information is listed in Table 4.6 and pressure drops are shown in Figure 4.12. 

No sign of premature polymer gelation was observed during polymer injection. 

Placement of pH-triggered polymer in the fractured cores reduced the overall core 

permeability of a fractured Boise sandstone cores saturated with fresh water. 
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Consequently, polymer treatment process was successful and polymer solution turned to 

microgels and blocked the fracture after being injected into a fractured Boise core. 

Table 4.6: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured Boise sandstone core 

Core type (fractured) Boise sandstone  

Fracture aperture 130 micron 

Fracture permeability 1400 Darcy 

Initial overall core permeability 1565 mD 

Shut-in time 1 hr 

Treated overall core permeability 165 mD 

PRF  9   

Ideal PRF 2  

 

 

Figure 4.12:  Pressure drop across the core in different stages of polymer treatment in a 
fractured Boise core (flowrate = 10 cc/min) 
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4.3.4 Texas Cream Limestone 

After performing the experiments and validating the effectiveness of the polymer 

treatment on three different types of sandstone rock, the same polymer treatment process 

was applied on fractured carbonate cores. One of the rock types used was Texas Cream 

limestone, which can be seen almost in any hydrocarbon reservoir throughout the state of 

Texas. Texas Cream limestone is weaker and more brittle than sandstones, so we reduced 

the axial and confining pressure to 400 psi and 600 psi, respectively, to avoid breaking 

the core during the experiment. Also, we used lower injection rates to keep the pressure 

drop across the core as low as possible.  

We measured the matrix permeability and porosity by performing brine injection 

into a non-fractured Texas Cream limestone core. The core length was 11.5 inches with a 

diameter of 0.99 inch. The core pore volume was 29 cc which results in 24% porosity. 

The pressure drop across the core is shown in Figure 4.13. The ultimate pressure drop of 

335 psi results in matrix permeability of 15 mD, which shows a very low matrix 

permeability for this type or rock. 

Figure 4.13:  Pressure drop across a non-fractured Texas Cream limestone core during 
brine injection (flowrate= 10 cc/min) 
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We saturated the fractured core with 3% NaCl brine and performed the polymer 

treatment on the core. After two hours shut-in time, the polymer solution turned to 

microgels inside the core and reduced the core overall permeability to 90 mD, which 

results in PRF value of 7.  No sign of polymer gelation was observed during injection. 

More information is listed in Table 4.7 and pressure drops are shown in Figure 4.14. 

 

Table 4.7: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured Texas Cream limestone core 

Core type (fractured) Texas Cream limestone  

Fracture aperture 90 micron 

Fracture permeability 675 Darcy 

Initial overall core permeability 630 mD 

Shut-in time 2 hr 

Treated overall core permeability 90 mD 

PRF  7   

Ideal PRF 42  
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Figure 4.14: Pressure drop across the core in different stages of polymer treatment in a 
fractured Texas Cream limestone core (flowrate = 5 cc/min) 

Consequently, the polymer treatment process was successful and polymer solution 

turned to microgels and blocked the fracture after being injected into a fractured Texas 

Cream limestone core. 

4.3.5 Indiana Limestone 

Indiana limestone has a complete different texture than Texas Cream limestone 

with different minerals and has a very low matrix permeability and porosity.   
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Figure 4.15:  Pressure drop across a non-fractured Indiana limestone core during brine 
injection (final flowrate= 0.5 cc/min) 

We measured the matrix permeability and porosity by performing brine injection 

into a non-fractured Indiana limestone core. The core length was 11.3 inches with a 

diameter of 0.99 inch. The core pore volume was 20 cc which results in 14% porosity. 

The pressure drop across the core is shown in Figure 4.16. We started to inject brine into 

the core at the constant rate of 3 cc/min, then we reduced the injection rate to 1 cc/min 

and later on to 0.5 cc/min to avoid high pressure drop across the core. The pressure drop 

of 535 psi results in matrix permeability of only 1 mD.  

We saturated the fractured core with 3% NaCl brine and applied the polymer 

treatment process on the core. We shut the core for 2 hours after polymer injection and 

measured the treated overall core permeability by injecting brine into the core. The 

placement of pH-triggered polymers into the fractured core reduced the overall core 

permeability down to 30 mD, which results in PRF value of 9. No sign of polymer 
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gelation was observed during the polymer injection period. More information is listed in 

Table 4.8 and pressure drops are shown in Figure 4.16. 

Table 4.8: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured Indiana limestone core 

Core type (fractured) Indiana limestone  

Fracture aperture 55 micron 

Fracture permeability 250 Darcy 

Initial overall core permeability 280 mD 

Shut-in time 2 hr 

Treated overall core permeability 30 mD 

PRF  9   

Ideal PRF 280  

 

As a result, the polymer treatment process was successful and the polymer 

solution turned to microgels and blocked the fracture after being injected into a fractured 

Indiana limestone core. 

 



 54 

Figure 4.16:  Pressure drop across the core in different stages of polymer treatment in a 
fractured Indiana limestone core (flowrate = 10 cc/min) 

4.3.6 New Mexico Dolomite 

The last rock that we chose to perform polymer treatment on is New Mexico 

dolomite. Dolomites have higher porosity than Texas Cream and Indiana limestone. 

We measured the matrix permeability and porosity by performing brine injection 

into a non-fractured dolomite core. The core length was 11.3 inches with a diameter of 

0.92 inch. The core pore volume was 25 cc which results in 20% porosity. The pressure 

drop across the core is shown in Figure 4.17. The pressure drop of 170 psi results in 

matrix permeability of 25 mD. 
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Figure 4.17:  Pressure drop across a non-fractured dolomite core during brine injection 
(final flowrate= 10 cc/min) 

We saturated the fractured core with 3% NaCl brine and applied the polymer 

treatment process on the core. We shut the core for 2 days after polymer injection and 

measured the treated overall core permeability. The placement of pH-triggered polymers 

into the fractured core reduced the overall core permeability down to 10 mD, which 

results in PRF value of 21. During the polymer treatment process, after injecting about 

1.5 pore volume of polymer, pressure drop across the core started to increase. This 

increase in pressure drop could be due to the premature polymer gelation, so we stopped 

polymer injection after this observation. More information is listed in Table 4.9 and 

pressure drops are shown in Figure 4.18. 

As a result, the polymer treatment process was successful and the polymer 

solution turned to microgels and blocked the fracture after being injected into a fractured 

dolomite core. However, acid pre-flushing the core is recommended due to the signs of 

early polymer gelation. 
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Table 4.9: PRF and initial and treated overall core permeabilities after polymer treatment 
in a fractured dolomite core 

Core type (fractured) New Mexico dolomite  

Fracture aperture 70 micron 

Fracture permeability 410 Darcy 

Initial overall core permeability 205 mD 

Shut-in time 2 hr 

Treated overall core permeability 10 mD 

PRF  21   

Ideal PRF 8  

 

Figure 4.18:  Pressure drop across the core in different stages of polymer treatment in a 
fractured dolomite core (flowrate = 10 cc/min) 

4.3.7 Summary 

After performing several polymer treatments on different types of cores, polymer 

microgels were able to block the fracture in all cases and to reduce the overall 
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permeability of fractured cores. Polymer microgels invaded the matrix in case of high 

permeability cores such as Berea and Boise sandstone. It was easy to inject the polymer 

solution into the cores due to its low initial viscosity. No sign of premature polymer 

gelation was observed during the polymer injection except in dolomite core (Section 

4.3.6) after about 1.4 total core pore volume of polymer injection.  

In these experiments, we injected at least 1.5 pore volume of polymer solution 

into the fractured cores (about 40 to 60 cc depending on the core porosity) to study the 

pressure drop during the polymer injection and also to observe any sign of premature 

polymer gelation by monitoring either increase in pressure drop or observing gel particle 

at the outlet. For a polymer solution to reduce overall core permeability, a polymer 

solution is only needed to cover the fracture system, not the entire core. Fracture volume 

is about 1 to 2 cc which requires only a very small volume of polymer solution to be 

injected into the core.  To confirm this idea, we performed another polymer treatment 

experiment.  

We made a fractured Berea sandstone core and saturated it with 3% NaCl brine. 

During polymer injection we set the injection rate to 1 cc/min and continued injection 

until we clearly observed the polymer solution at the outlet.  We injected only 9 cc of 

polymer before we shut the pump. We sealed the coreholder and injected brine after 24 

hours into the core to measure the treated overall core permeability. Core information is 

listed on Table 4.10 and pressure drop after and before polymer gelation is shown in 

Figure 4.19. 

The placement of pH-triggered polymer in the fractured cores reduced the overall 

core permeability after injecting only 9 cc of polymer solution. Therefore, in case of 

presence of reactive mineral in the reservoir, early polymer gelation in reservoir-scale 

performances could be avoided by injecting the proper amount of polymer with respect to 
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the total reservoir fracture volume. However, acid pre-flushing is still recommended in 

the reservoirs with highly reactive mineral such as carbonate reservoirs.  

As mentioned in section 4.2, PRF is highly dependent on shut-in time 

(geochemical buffering time). By combining the results in section 4.2 and 4.3, we 

obtained the general trend of changing PRF with respect to shut-in time for each specific 

medium rock. 

Table 4.10: Polymer treatment in a fractured Berea core after injecting only 9 cc of 
polymer solution 

Core type (fractured) Layered Berea Sandstone  

Fracture aperture 70 micron 

Fracture permeability 410 Darcy 

Fracture volume 1.6 cc 

Core porosity 25 % 

Initial overall core permeability 350 mD 

Shut-in time 1 hr 

Treated overall core permeability 45 mD 

PRF 15  

Ideal PRF 3  
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Figure 4.19: Pressure drop across the core during polymer treatment. Only 9 cc of 
polymer is injected into the core. 

As presented in Figure 4.20, PRF increases very fast in the first few hours of shut-

in time. The PRFs shown in Figure 4.20 could be changed by the reservoir situation and 

mineralogy, but the trend should be independent of reservoir. 

 

Figure 4.20: PRF versus shut-in time  
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4.4 STABILITY OF MICROGELS AGAINST INJECTED WATER 

We performed several batch and coreflood experiments in the previous sections. 

We validated the polymer ability to block the fractures and to reduce the overall core 

permeability in contact with different minerals existed in the fractured cores. Also, we 

obtained the general trend of changing PRF with respect to shut-in time.  

The next step of this research is to confirm and validate the stability of microgels 

that are formed into the fractures against the injected water.  In this section, we used the 

coreflood setup shown in Figure 3.2. We injected 3% NaCl brine into the core after 

polymer gelation under constant pressure criteria. We gradually increased the injection 

pressure throughout these experiments. We applied the injection pressure for only 2 

minutes in each level to make sure that nothing is coming out from matrix. We selected 

two fractured homogeneous Berea cores to perform this experiment.  Detailed 

information about these two cases is listed in Table 4.11 and Table 4.12. We shut the 

pump for 60 minutes in case A1 and only 20 minutes in case A2.  

After we shut the core for the prescribed time, we applied low pressure to the 

brine reservoir connected to the core inlet and increased the pressure after 2 minutes in 

each step. We measured the flowrate at the outlet during these experiments. 

 

 

 

 

 

 

 



 61 

Table 4.11: Detailed information for two constant pressure experiments to study the 
polymer stability against injected water  

Case A1 A2  

Core type Homogeneous Berea 

sandstone 

Homogeneous 

Berea sandstone 
 

Fracture aperture 150 150 micron 

Initial overall core permeability 1475 1330 mD 

Core length 11.5 11.5 inch 

Core porosity 25 24 % 

Shut-in time 60 20 min 

Polymer concentration 3 3 wt% 

NaCl concentration 3 3 wt% 

Polymer initial pH 2 2  

Ideal PRF 4 4  

Table 4.12: PRF values during the constant pressure experiment for case A1 

Injecting pressure, psi Outflow rate, cc/min Overall core permeability, mD PRF 

10 Trace ≈0 ∞ 

20 Trace ≈0 ∞ 

30 Trace ≈0 ∞ 

50 Trace ≈0 ∞ 

70 Trace ≈0 ∞ 

90 4.8 92 16 

50 2.8 96 15 

18 1.0 95 15 
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Table 4.13: PRF values during the constant pressure experiment for case A2 

Injecting pressure, psi Outflow rate, cc/min Overall core permeability, mD PRF 

10 Trace ≈0 ∞ 

20 Trace ≈0 ∞ 

40 Trace ≈0 ∞ 

70 Trace ≈0 ∞ 

80 Trace ≈0 ∞ 

90 Trace ≈0 ∞ 

100 9.8 213 6 

70 6.8 211 6 

40 4.2 228 6 

20 2.2 239 6 

 

As shown in Table 4.12 and Table 4.13, the polymer held back the water until 

pressure of 90 and 100 psi in cases A1 and A2, respectively. Thus, for pressure gradients 

less than 90 to 100 psi/ft, the PRF is infinity. After water breakthrough, we decreased the 

pressure to measure the overall core treated permeability. The PRF is 15 and 6 in cases 

A1 and A2, respectively, still a significant reduction considering that water had broken 

through. PRF is lower in case A2 than in case A1 due to the shorter shut-in time. After 

finishing the experiment, we opened up the core to observe the water path through 

polymer microgels in fractures. As shown in Figure 4.21, the water path is a narrow, 

tortuous channel through the polymer microgel inside the fracture. The lack of 

widespread displacement of the gel from the fracture explains the residual PRF values. 
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Figure 4.21:  The water path is a narrow, tortuous channel through the polymer microgel 
inside the fracture 

After performing these two experiments we set up another experiment. In this 

experiment, we increased the pressure duration in each step to 30 minutes and shut-in 

time to 24 hours. Detailed information about this experiment is listed in Table 4.14.  

Table 4.14:  Detailed information for case A3 to study the polymer stability against water 

Case A3  

Core type Layered Berea sandstone  

Fracture aperture 100 micron 

Initial overall core permeability 810 mD 

Fracture permeability 800 Darcy 

Core length 11.5 inch 

Core porosity 21 % 

Shut-in time 24 hr 

Polymer concentration 1 wt% 

NaCl concentration 3 wt% 

Polymer initial pH 2  

Ideal PRF 5  

Polymer solution 
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After polymer injection, we shut the pump and sealed the coreholder for 24 hours. 

We injected 3% NaCl brine at a low pressure and increased the injection pressure 

gradually during this experiment. We measured the flowrate at the outlet.  

As shown in Table 4.15, polymer microgels inside the core were able to stand 

against injected water up to 90 psi/ft. We applied pressure for five hours continuously 

and only gathered a few drops at the outlet in each step.  The PRF for case A3 is 51, 

which is higher than the PRF in cases A1 and A2 due to the longer shut-in time.  The core 

overall permeability in each case is presented in Figure 4.22. The breakthrough point is 

90, 100, and 90 psi for cases A1, A2, and A3, respectively.  

Table 4.15: PRF values during the constant pressure experiment for case A3 

Injection 

Pressure, psi 

Outflow rate, 

cc/min 

Duration, 

min 

Overall core 

permeability, mD 
PRF 

10 ≈0 30 ≈0 ∞ 

20 ≈0 30 ≈0 ∞ 

30 ≈0 30 ≈0 ∞ 

40 ≈0 30 ≈0 ∞ 

50 ≈0 30 ≈0 ∞ 

60 ≈0 30 ≈0 ∞ 

70 ≈0 30 ≈0 ∞ 

80 ≈0 30 ≈0 ∞ 

85 ≈0 60 ≈0 ∞ 

90 1 - 16 51 
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Figure 4.22: Core overall permeability in each pressure step for cases A1-A3 

Consequently, polymer microgels inside the fracture are very stable against 

injected water and could stand up to 90 psi/ft of injecting pressure before letting the 

injected water channel through it.   

4.5 POLYMER PROPAGATION INTO THE FRACTURED RESERVOIRS 

Up to this point, we learned and validated that polymer microgels are able to be 

formed inside fractures in contact with either sandstone or carbonate rocks. Also, the 

treated overall core permeability is related to the polymer geochemical buffering time. 

Polymer microgels can stand against the injected water up to almost 90 psi/ft of injection 

pressure gradient.  

The next step in this research is to study and measure the polymer propagation 

inside the fracture before it turns to microgel. In order to design an experiment to achieve 
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this goal, we used the coreflood setup shown in Fig. 3.1. But this time, we circulated the 

injected polymer by guiding the outflow back into the injection beaker (Figure 4.23). 

We used a fractured Berea sandstone core in this experiment. More information 

about the core and polymer solution is listed in Table 4.6. We injected the polymer 

solution into the core at constant rate of 10 cc/min, then we reduced the flowrate to 5 

cc/min after signs of polymer gelation. We filled the injection beaker with 50 cc of fresh 

polymer and dyed the polymer solution with a blue color. We started recycling the 

outflow after observing blue color in the outlet. We monitored the outflow for any sign of 

formed microgels during the polymer injection. 

 

 

Figure 4.23:  Core flood set-up to measure the polymer propagation by circulating the 
injected polymer 
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In addition, we were measuring the outflow pH and the pH of polymer in the 

injection beaker continuously during this experiment. The outflow pH and the pH of 

polymer solution in the injection beaker are shown in Figure 4.24. 

As shown in Figure 4.24, polymer pH increases from 2 to 3.5 after about 45 pore 

volume of polymer recycled. We set up this experiment to mimic the injection into an 

infinite reservoir. However, during injection into the reservoir, the polymer meets the 

fresh rock as it propagates into the fractures. We assume that there are enough active 

minerals in the fractured core to react with polymer throughout this experiment without 

showing any significant reduction in reaction rate.  

 

Table 4.16:  Detailed information for recycling experiment in fractured Berea sandstone 
core  

Core type (fractured) Berea sandstone  

Fracture aperture 100 micron 

Fracture permeability 800 Darcy 

Fracture volume 0.8 cc 

Core porosity 21 % 

Initial overall core permeability 85 mD 

Polymer concentration 3 wt% 

Initial polymer pH 2  

Duration of polymer injection 2.5 hr 

Polymer volume in injection beaker 50 cc 
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Figure 4.24: The outflow pH and the pH of polymer solution in the injection beaker 

We converted the pressure drop across the core to overall core permeability, as 

shown in Figure 4.25. During this experiment, no sign of polymer gelation was observed 

up to 28 pore volume of polymer recycled. After this point, polymer microgels observed 

in the outflow and in the injection beaker. 

To estimate the polymer propagation into an infinite-acting fractured reservoir, 

we assume all the injected polymer goes into the fracture due to the high permeability 

contrast between matrix and fracture. The fracture volume per foot of the core is 

�� � �� 

The propagation distance can be calculated using 

����������� �������� �
���
��

 

where PVI is the total pore volume of the polymer injected into the core before it 

turns into microgels. 
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 The total core pore volume is 25 cc and fracture volume for 1 ft of the core, 

which represents an infinite-acting fracture reservoir, is only about 1 cc assuming the 

fracture porosity is 100%. Two important assumptions are made here: 

1) The polymer/rock reaction rate is constant, i.e. there are enough minerals in the 

core to react with polymer continuously. 

2) The injected polymer solution only goes into the fracture and does not leak into 

the porous medium.  

With respect to above assumption polymer solution can propagate into the 

reservoir for maximum 700 ft before it turns into microgel inside the fractures in 

sandstone reservoirs. In a real field, polymer reacts with fresh minerals as it propagates 

through the reservoir; however in these experiments, it is assumed that there are enough 

minerals in the core to react with polymer continuously with a constant reaction rate. 

Again, the estimation of 700 ft should be considered an upper bound rather than a precise 

value due to polymer leaking into the formation and higher expected reaction rates in real 

field experience.   
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Figure 4.25: Total core permeability during recycling experiment to study the polymer 
propagation into fractured sandstone reservoirs 

The other important observation gleaned from this experiment is the change in 

outflow before and after polymer gelation. In Figure 4.26, blue represent the polymer 

solution and white represents the brine. Letters A and B indicate the outflow before and 

after polymer gelation, respectively.   

 

 

Figure 4.26: Outflow before and after polymer gelation during the polymer circulation 
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As mentioned earlier, we dyed the polymer solution with a blue color to be 

distinguishable from saturated water inside the core. Before polymer gelation happens, 

the outflow was only polymer solution that we were recycling into the injection beaker. 

But after polymer gelation inside the fracture, polymer solution went into the matrix and 

pushed the brine out. However, there is a possibility that part of the brine was coming 

from the polymer solution.  

We opened the core after the experiment to observe the distribution of polymer 

microgels inside the fracture. As shown in Figure 4.27, the polymer microgels (dark blue) 

are all over the fracture with a uniform distribution. 

 

Figure 4.27: Microgel distribution inside the fracture 

To study the polymer propagation distance into carbonate reservoirs, we repeated 

the recycling experiment process using a fractured Indiana limestone. The reaction rate of 

polymer with carbonate minerals is much faster than with sandstone minerals due to the 

abundance of highly reactive minerals with acid. The total core permeability was 85 mD 

with a porosity of 9% and the core was saturated with brine.  More information about the 

core and polymer solution is listed in Table 4.17. 
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Table 4.17:  Detailed information for recycling experiment in fractured Indiana 
limestone core 

Core type (fractured) Indiana limestone  

Fracture aperture 50 micron 

Fracture permeability 210 Darcy 

Fracture volume 0.5 cc 

Core porosity 9 % 

Initial overall core permeability 85 mD 

Polymer concentration 3 wt% 

Initial polymer pH 2  

Duration of polymer injection 20 min 

Polymer volume in injection beaker 50 cc 

 

As shown in Figure 4.28, the change in effluent pH is much faster in carbonates 

than in sandstones and polymer microgels appeared at the outlet after almost 3.5 pore 

volumes of polymer injection.  

With respect to the assumption that all polymer solution goes into the fracture 

before polymer gelation, polymer solution can propagate into the fractures for 150 ft 

before it turns to microgel inside the fractures in carbonate reservoirs.  
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Figure 4.28:  Pressure drop during recycling experiment to study the polymer propagation 
into fractured carbonate reservoirs 

4.6 POLYMER TREATMENT IN TORTUOUS FRACTURES 

After validating the polymer ability to block the fractures in contact with different 

rock minerals, validating the polymer microgels’ stability against injected water, and 

estimating the maximum polymer propagation distance into the fractured reservoirs, we 

set up another set of experiments. This time we used fractured blocks of Berea sandstone 

to perform the polymer treatment on. After cutting the sand blocks we made artificial 

fractures using a chisel. Fractures were wide open with a tortuous and non-smooth 

surface. The block dimensions were 3*2*2 inches. Two sand blocks that we used in this 

experiment are shown in Figure 4.29A and Figure 4.29B.  
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Figure 4.29A: Sand block used in experiment B1 

 

 

Figure 4.29B:  Sand block used in experiment B2 

To perform the experiment, we made a cylindrical container and put the sand 

block inside the container. An engineering sketch of the setup for case B1 is shown in 

Figure 4.30. We sealed the sides with epoxy to prevent any side flow (Figure 4.31). We 

injected the polymer from the top and gathered the outflow from the bottom of the 

container. We made a very small curved space at the bottom of the container to gather 

     



 75 

fluid from the whole surface. We injected water under constant pressure constraint and 

measured the flowrate at the outlet. As it is shown in Figure 4.31, for this wide open 

fracture and assuming all the flow goes into the fracture, we measured the permeability to 

be 8,000 Darcy in case B1 and 12,000 Darcy in case B2. We injected 3 wt% polymer 

solution into the container to fill the fracture and to cover the surface. 

 

 

Figure 4.30: Side view (left) and Top view (right) of experimental setup B1 

After sealing the cell for 1 day, we started to inject water into the cell at a low 

pressure and increased the pressure gradually. We applied the pressure for 10 minutes in 

each step. The results for these two cases are listed in Table 4.18. 
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Figure 4.31: Experimental setup in case B1 

For both cases, there was no outflow up to a certain pressure. After breakthrough, 

injected water channeled through the gels inside the fracture and pushed part of the gels 

out from the cell. Gel particles could be clearly observed in outflow. The overall core 

permeability after water breakthrough was 1,600 and 2,800 mD for case B1 and B2, 

respectively, which is still fairly high due to the polymer wash out by injected water.  

Consequently, polymer microgels inside the fracture could stand the injected 

water pressure up to 60 psi/ft and 48 psi/ft for cases B1 and B2, respectively. Note that in 

case B1, the core length in direction with injected water is 2 inches, but in case B2, it is 3 

inches (Figure 4.32). 

In these cases, polymer gels inside these wide open fractures act as a seal. As long 

as they are inside the fracture, there is absolutely no outflow. However, after water 

breakthrough, injected water washed out part of the microgels and the permeability 

recovered was 1,600 mD and 2,800 mD in cases B1 and B2, respectively. 
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Figure 4.32: Side view (left) and Top view (right) of experimental setup B2 

 

Table 4.18: Results obtained from constant pressure experiments in cases B1 and B2 

 Case B1 Case B2 

Pressure, 

psi 

Flowrate, 

cc/min 

Permeability, 

mD 

Flowrate, 

cc/min 

Permeability, 

mD 

1 0 0 0 0 

2 0 0 0 0 

4 0 0 0 0 

6 0 0 0 0 

8 0 0 0 0 

10 5 1600 0 0 

12 - - 7 2800 

 

2 in 

2 in 

2 in 

3 in 

Fracture Outlet 

Epoxy 

Epoxy 

Epoxy 

Epoxy 

Fracture Fracture 



 78 

4.7 POLYMER TREATMENT TO BLOCK THE CONNECTED PORES IN A VUGGY ROCK 

In this section, we performed the polymer treatment on an extremely vuggy 

basaltic rock to study the polymer ability to block the vugs and to prevent flow.  At first, 

we performed several batch tests to confirm the rock ability to increase the pH and to 

neutralize the polymer solution. To do this, we mixed small pieces of basalt rocks with 

HCl, pH = 2, and measured the pH through time. We used four different containers and 

changed the acid/rock volume in each one (Table 4.19). The results are presented in 

Figure 4.33. 

Table 4.19:  Four different acid/rock cases used in batch test to study the acid 
neutralization in contact with basalt rocks 

Case# Rock volume, cm3 Acid volume, cm3 Acid/rock volume 

1 60 90 1.5 

2 25 75 3 

3 20 80 4 

4 17 85 5 
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Figure 4.33:  Change of acid pH in contact with basalt rocks in four different cases with 
different acid/rock volume 

The rate of increase in pH in case 1 is much faster than other cases is due to the 

smaller acid/rock volume. However, the rate of increase in pH is almost the same in cases 

2-4. Consequently, the minerals in basalt rocks were able to neutralize the acid in all 

cases. However, the rate of increase in pH depends on the acid/rock volume up to a 

certain ratio.   

To perform the polymer treatment, we designed and set a coreflood experiment. 

We used the polymer solution of 3% Carbopol® 934 and 3% NaCl in deionized water to 

block the connected pores of a 7.5*2.5*2.5 inch block of basalt rock (Figure 4.34). 

 

 

 

0

2

4

6

8

0 4 8 12 16 20

Time, day

p
H

Case #1 Case #2 Case #3 Case #4



 80 

 

 

 

 

Figure 4.34: Basalt rock used in polymer treatment process 

We used the setup shown in Figure 4.35 to change the pressure over the core after 

polymer injection. We made a sealed container to hold the core and changed the injecting 

pressure by changing the elevation of water container (H). The flowrate was being 

measured at the outlet. We injected the polymer into the core and sealed the cell for 24 

hours. The measured flowrates before and after polymer treatment are shown in Figure 

4.36. 

                                   

Figure 4.35: Core flood setup to perform polymer treatment on basalt rock 
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Figure 4.36: Measured flowrates before and after polymer treatment on basalt rock 

As a result, the placement of polymer microgels into the core blocked the vugs 

completely up to 15 psi/ft of pressure. After threshold pressure, injected water channeled 

through the microgels and it resulted in PRF value of 2.5.  

 

4.8 POLYMER TREATMENT IN CEMENT CORES  

In this section, we performed polymer treatment on class H cement fractured 

cores. The cement matrix permeability was almost zero. We used the polymer solution of 

3% Carbopol 934® and 3% NaCl in deionized water. At first we performed a batch test 

by mixing 100 grams of cement with 100 grams of polymer solution to study the ability 

of minerals in cement to neutralize the polymer and increase the pH of polymer solution. 

The results of the batch test experiment are shown in Figure 4.37. 

The minerals in cement neutralized the polymer solution and gel particles formed 

in the batch container due to the increases in polymer pH. After performing the batch test, 
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we cut the core in half with a very thin blade and set the fracture aperture to 1.78 mm by 

putting two pieces of hard wood on each side of the fracture (Figure 4.38). We trimmed 

the wood pieces before putting the core in core holder. 

Figure 4.37: Increase in polymer pH in contact with cement rocks in a batch test 
experiment 

 

 

Figure 4.38: Top picture shows the cement core along its side and bottom picture shows 
the wide open fracture with 1.78 mm aperture. 
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We injected the polymer into the core and shut the core for 2 days. More 

information about this experiment is presented in Table 4.20. Pressure drop across the 

core during each phase of polymer treatment is shown in Figure 4.38. The Ideal PRF in 

this case is close to infinity due to almost zero matrix permeability. 

The initial pressure drop is very low due to the immensely permeable fracture. 

Pressure drop in the polymer injection phase is higher than first phase because of the 

higher polymer viscosity than water. Pressure drop after polymer gelation does not show 

a smooth curve as in first two phases which could be due to the water channeling into the 

gels after polymer gelation. Placement of polymer microgels into the fractured cement 

core reduced the core overall permeability to 143 mD, which results in a PRF value of 42.  

 

Table 4.20: Polymer treatment in a cement core with fracture aperture of 1.78 mm, 

Core type Class H cement  

Fracture aperture 1.78 mm 

Initial overall core permeability 6.1 Darcy 

Fracture permeability 267,000 Darcy 

Core length 7 inch 

Shut-in time 2 Days 

Polymer concentration 1 wt% 

NaCl concentration 3 wt% 

Treated overall core permeability 145 mD 

PRF 42  
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Figure 4.39: Pressure drop across the core during each phase of polymer treatment in a 
fractured cement core with fracture aperture of 1.78 mm. 

For the next set of experiments, we fractured two pieces of cement core under 

compaction pressure to make tortuous and randomly-oriented fractures. The goal of this 

experiment was to study the feasibility of using pH-sensitive polymers to fill the cracks 

and fractures made in well casing in oil reservoirs.  

We used both 2-inch cement core pieces together in this coreflood experiment. 

The core initial overall permeability was 450 mD with about 80 micron fracture aperture. 

We used the polymer solution of 1% Carbopol® 934 and 3% NaCl in deionized water. 

We injected the polymer into the core and shut the core for 1 day. After polymer gelation 

we performed the second water injection phase under constant pressure criteria and 

increased the pressure in each step. We applied the pressure for 10 minutes in each step. 
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Table 4.21: Results of polymer treatment on a fractured cement core 

Injection 

pressure, psi 

Outflow rate, 

cc/min 

Duration, 

min 

Overall core 

permeability, mD 
PRF 

5 ≈0 10 ≈0 ∞ 

10 ≈0 10 ≈0 ∞ 

15 ≈0 10 ≈0 ∞ 

20 ≈0 10 ≈0 ∞ 

25 ≈0 10 ≈0 ∞ 

30 ≈0 10 ≈0 ∞ 

35 ≈0 10 ≈0 ∞ 

40 1 - 15 30 

30 0.8 - 16 28 

The placement of polymer microgels inside the fractures blocked the flowrate up 

to 40 psi of injection pressure in 4 inches of fractured core (120 psi/ft). After water 

channeled into polymer microgels, the treated overall core permeability was still very low 

and was in order of 15 mD, which results in PRF value of 30.  As a result, pH-triggered 

polymers are excellent candidates to use in wells to block the cracks and fractures in well 

cement sheaths. It is easy to inject the polymer solution and polymer microgels can stand 

up to 120 psi/ft of pressure. 

4.9 POLYMER YIELD STRESS 

For the last 50 years, Carbopol polymers have been one of the most widely used 

thickening and gelling agents for commercial aqueous products. It is also commonly used 

by rheologists and chemical engineers because of its versatility in imparting extreme non-
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Newtonian properties without excessive elasticity or stringiness, and for being so shear 

thinning that it appears to have a yield stress (Roberts and Barnes, 2001).  

Carbopol is a microgel which is a collection of massively cross-linked polymer 

particles. The exterior of the particles is decorated with dangling free ends of gel strands, 

and these interact strongly with their corresponding member on adjacent microgel 

particles (Carnali and Naser, 1992).  

Various attempts at characterization of aqueous Carbopol dispersions resulted in 

their classification as Bingham or power-law fluids (Meyer and Cohen 1959; Testa and 

Etter 1973; Barry and Meyer 1979). Additionally, the Herschel-Bulkley model was 

suggested by Atapattu (Atapattu et a. 1995). The Herschel-Bulkley fluid is a generalized 

model of a non-Newtonian fluid, in which the stress experienced by the fluid is related to 

the strain in a complicated, non-linear way. Atapattu described the high shear rate 

behavior using a Herschel-Bulkley model for the shear stress, which is an apparent yield 

stress plus a power-law viscous component: 

                                                    � � �� � ���                               (Equation 4.17) 

 

 

Figure 4.40: Carbopol dispersion (Roberts and Barnes, 2001) 
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A plot of shear stress vs. shear rate for a range of Carbopol concentration fitted to 

the Herschel-Bulkley model has been generated (Roberts and Barnes, 2001).  

 

Figure 4.41:  Shear stress vs. shear rate for a range of Carbopol concentration (Roberts 
and Barnes, 2001) 

The fitted yield stress, σ0, ranges from 0.03-115 Pa depending on the Carbopol 

concentration (0.045%-1.00%), but in general, higher Carbopol concentration results in 

higher yield stress. They concluded that although Carbopol polymers have no real yield 

stress, the abrupt transition from very high to low viscosity over a relatively narrow range 

of shear stress means the same thing.  

We calculated the Carbopol yield from the flow initiation pressure in the constant 

pressure experiment. 

The polymer yield stress can be estimated from: 

�� �
��

�
 � 
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where Pe is the entry pressure, L is the core length and B is half of the fracture 

aperture. The calculated yield stress for three constant pressure experiments are listed in 

table below which results in average yield stress of 160 Pa for 3 wt% polymer solution.  

Note that the calculated fracture aperture in Case B1 and B2 are rough estimates based on 

the overall permeability and assuming the flow only goes through fractures. The 

calculated yield stress for 3% polymer solution is higher than values reported in Figure 

4.41. The yield stress values in Figure 4.41 are for a maximum polymer concentration of 

1% and it was expected to obtain a higher yield stress for a 3% polymer concentration. 

  

Table 4.22: Calculated polymer yield stress based on three constant pressure experiments 

Case Fracture aperture, 

micron 

Core length, 

inch 

Entry pressure, 

psi 

Calculated 

yield stress, Pa 

A1 150 11.5 90 153 

A2 150 11.5 100 177 

A3 100 11.5 90 106 

B1 310 2 10 210 

B2 380 3 12 206 

Cement Core 

(Table 4.21) 
80 4 40 109 

 
  



 89 

Chapter 5: Factors Affecting the PRF and the Performance of Polymer 
Microgels 

In previous chapters, we studied and validated the applicability of pH-sensitive 

polymers to reduce the overall permeability of fractured cores. Placement of polymer 

microgels inside fractures reduced the core overall permeability in all experiments with 

different shut-in times and different rock mineralogy. We used PRF (Equation 3.1) to 

evaluate the ratio of initial overall core permeability to treated overall core permeability. 

Higher PRF value indicates more reduction in overall core permeability after polymer 

gelation.  PRF is highly dependent on the shut-in time (geochemical buffering time).  

We studied the stability of polymer microgels against injected water by 

performing constant pressure experiments. Polymer microgels blocked the fracture and 

prevented the water channeling inside the fracture against 90 psi/ft of injection pressure. 

Also, we simulated the polymer propagation into infinite-acting fractured reservoirs by 

recycling the injected polymer through the core.  

In this chapter, we study the factors that affect the PRF and the performance of 

polymer microgels such as polymer concentration, salinity of polymer solution, presence 

of different salts in polymer solution, and polymer aging in reservoir condition.  

5.1 POLYMER CONCENTRATION  

In this section, we study the effect of polymer concentration on PRF and on the 

performance of polymer microgels by varying the polymer concentration from 3% to 

0.2% in polymer solution, then performing coreflood experiments with the polymer 

solution shown in Figure 5.1. By reducing the polymer concentration, the polymer initial 

viscosity will be reduced, and it will be even easier to inject a solution with a lower 
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viscosity. The treatment cost will also be reduced and it is much easier to dissolve the 

polymer powder into brine during polymer preparation.  

The only concern is that by reducing the polymer concentration the ultimate 

viscosity of polymer microgels will be reduced. For more information about the rheology 

of pH-sensitive polymers, readers can refer to Suk Kyoon Choi (2005). Note that in the 

following sub-sections the salinity of polymer solution is constant and is equal to 3 wt% 

in all cases; only polymer concentration is being changed.  

 

Figure 5.1:  Apparent viscosity of Carbopol® EZ-2 for different polymer concentrations, 
3% NaCl (Choi, 2005). 
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5.1.1 Polymer Concentration = 2% 

In this section, we used the polymer solution of 2% Carbopol® 934 and 3% NaCl 

in deionized water. We used two fractured Berea cores in this experiment. We shut the 

core for 2 hours and 24 hours in cases A and B, respectively. Detailed information about 

these two experiments is listed in Table 5.1. Pressure drop across the core is presented in 

Figure 5.2 and Figure 5.3 for cases A and B, respectively.  We reduced the injection rate 

after polymer gelation in both cases to prevent high pressure drops which could result in 

damaging the core.  

 

Figure 5.2:  Pressure drop across the core during each phase of polymer treatment for 
case A, flowrate = 10 cc/min 
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Figure 5.3:  Pressure drop across the core during each phase of polymer treatment for 
case B, flowrate = 10 cc/min 

The PRF for case A is lower than PRF in case B as might have been expected due 

to the shorter shut-in time. No significant difference is observed when using polymer 

solution with 3% polymer concentration. As a result, polymer solutions with only 2% 

polymer concentration could be used to block the fracture and to reduce the overall core 

permeability in fractured cores.  
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Table 5.1: Detailed information about polymer treatment for case A and B 

 Case A Case B 

Core type (fractured) Berea sandstone Berea sandstone 

Fracture aperture 85 micron 80 micron 

Initial overall core permeability 645 mD 630 mD 

Fracture permeability 600 Darcy 530 Darcy 

Core porosity 24 % 24 % 

Polymer concentration 2 wt% 2 wt% 

Salt concentration 3 wt% 3 wt% 

Shut-in time 2 hr 24 hr 

Treated overall core permeability 57 mD 22 mD 

PRF 11  29  

Ideal PRF 3  3  

5.1.2 Polymer Concentration = 1% 

After we confirmed the applicability of using polymer solution with only 2% 

polymer concentration for conformance control in fractured cores, we lowered the 

polymer concentration to 1%. We used fractured Berea cores in this experiment. The 

cores were saturated with 3 wt% NaCl brine. We repeated the exact same experiment as 

we did in section 5.1.1.  The PRF values for both cases are shown in Table 5.2 and there 

was no sign of early polymer gelation during polymer injection.  

 

Using such a low polymer concentration reduces the initial polymer viscosity and 

the treatment cost. It is very convenient to inject the polymer solution with regular pumps 

used for water injection. Note that the initial polymer pH was slightly higher than 2, the 
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level at which we set the initial pH by adding a few drops of HCl into the polymer 

solution for the sake of having the same initial condition in all experiment with which to 

compare.   

Figure 5.4:  Pressure drop across the core during each phase of polymer treatment for 
case C, flowrate = 10 cc/min 
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Figure 5.5:  Pressure drop across the core during each phase of polymer treatment for 
case D, flowrate = 10 cc/min 

Table 5.2: Detailed information about polymer treatment for case C and D 

 Case C Case D 

Core type (fractured) Berea sandstone Berea sandstone 

Fracture aperture 85 micron 70 micron 

Initial overall core permeability 640 mD 490 mD 

Fracture permeability 600 Darcy 410 Darcy 

Core porosity 24 % 24 % 

Polymer concentration 1 wt% 1 wt% 

Salt concentration 3 wt% 3 wt% 

Shut-in time 2  hr 24 hr 

Treated overall core permeability 39 mD 23 mD 

PRF 16  21  

Ideal PRF 4  3  
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After the two experiments using 1% polymer, we performed another polymer 

treatment on a highly-permeable fractured Boise core. We saturated the core with 3% 

NaCl brine and injected the polymer solution into the core and sealed the coreholder for 

24 hours. Detailed information about this experiment and pressure drops are presented in 

Table 5.3 and Figure 5.6. 

Figure 5.6:  Pressure drop across the core during each phase of polymer treatment for 
case E, flowrate = 10 cc/min 

The placement of polymer microgels inside the fracture reduced the core overall 

permeability to 80 mD from initial permeability of 1,925 mD, which results in PRF value 
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permeability of a highly permeable Boise core. No sign of polymer gelation was observed 

during polymer injection.  

Table 5.3: Detailed information about polymer treatment for case E 

 Case E 

Core type (fractured) Boise sandstone 

Fracture aperture 145 micron 

Initial overall core permeability 1925 mD 

Fracture permeability 1700 Darcy 

Core porosity 30 % 

Polymer concentration 1 wt% 

Salt concentration 3 wt% 

Shut-in time 24  hr 

Treated overall core permeability 80 mD 

PRF 24  

Ideal PRF 5  

5.1.3 Polymer Concentration = 0.5% 

In this section, we lowered the polymer concentration to 0.5%. The initial 

polymer viscosity is very low and it was very easy to dissolve the polymer powder in the 

brine.  

We used fractured Berea cores and saturated them with 3% NaCl brine. We sealed 

the coreholder for 2 hours and 8 hours in cases F and G, respectively. The placement of 

polymer microgels inside the fractures reduced the overall core permeability in both 
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cases. Detailed information and pressure drops before and after polymer gelation are 

presented in Table 5.4, Figure 5.7 and Figure 5.8.  

Figure 5.7:  Pressure drop across the core during each phase of polymer treatment for 
case F, flowrate = 10 cc/min 

Figure 5.8:Pressure drop across the core during each phase of polymer treatment for case 
G, flowrate = 10 cc/min 
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One of the concerns with reducing the amount of polymer in polymer solution 

would be the early polymer gelation during polymer injection as we observed in case F 

due to the fast rate of increase in polymer pH. We injected about 3.5 total pore volume of 

polymer solution in case F. As shown in Figure 5.9, after about one pore volume of 

polymer injection pressure drop across the core increased and showed a very scattered 

pattern. However, no sign of polymer microgels was observed at the outlet.  

 

Table 5.4: Detailed information about polymer treatment for case F and G 

 Case F Case G 

Core type (fractured) Berea sandstone Berea sandstone 

Fracture aperture 80 micron 70 micron 

Initial overall core permeability 425 mD 505 mD 

Fracture permeability 600 Darcy 410 Darcy 

Core porosity 20 % 20 % 

Polymer concentration 0.5 wt% 0.5 wt% 

Salt concentration 3 wt% 3 wt% 

Shut-in time 2  hr 8 hr 

Treated overall core permeability 20 mD 16 mD 

PRF 21  32  

Ideal PRF 3  3  

 

As mentioned in Chapter 4, it is not necessary to inject a large amount of polymer 

solution into the reservoir to block the fractures. The amount of polymer that we injected 
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in case F was about 30 fracture pore volume before it showed the increase in pressure 

drop during polymer injection.  

We performed another coreflood experiment using fractured Indiana limestone 

core. We saturated the core with brine and injected the polymer into the core. We sealed 

the core for 2 hours after polymer injection. The pressure drop across the core is shown in 

Figure 5.10. We reduced the injection rate two times after polymer gelation to prevent 

high pressures over the coreholder which could result in core damage.  No sign of 

polymer gelation was observed during polymer injection. However, during the second 

phase of brine injection after polymer gelation, the injected water removed some of the 

gels inside the fracture and pushed them outside the core due to the low ultimate gel 

viscosity of 0.5% polymer solution. 

Figure 5.9: Signs of early polymer gelation during polymer injection in case F 
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Table 5.5: Detailed information about polymer treatment for case H 

 Case H 

Core type (fractured) Indiana limestone 

Fracture aperture 55 micron 

Initial overall core permeability 140 mD 

Fracture permeability 250 Darcy 

Core porosity 17 % 

Polymer concentration 0.5 wt% 

Salt concentration 3 wt% 

Shut-in time 2  hr 

Treated overall core permeability 28 mD 

PRF 5  

Ideal PRF 70  

 

As a result, using polymer solution with only 0.5% polymer concentration could 

be used to block the fractures and to increase the sweep efficiency in conformance 

control. However, 0.5% polymer solution shows shorter gelation time in comparison with 

polymer solutions with higher polymer concentration. Also, as we observed in case H, 

injected water removed a portion of microgels; this should be taken into account when 

using polymer solutions with low polymer concentration.  
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Figure 5.10:  Pressure drop across the core during each phase of polymer treatment for 
case H, flowrate = 5 cc/min 

5.1.4 Polymer Concentration = 0.2% 

For the last set of experiments in this section, we reduced the polymer 

concentration to 0.2 wt% which means only 2 grams of polymer into a liter of brine. The 

polymer viscosity is about 1-3 cp and very easy to prepare and inject into the core. We 

selected three different fractured cores in this experiment: Berea sandstone, Boise 

sandstone and Indiana limestone.  

As presented in Table 5.6, PRF is very low in cases I and J due to the low 

microgel viscosity. In case I, injected water pushed out a portion of polymer microgels 

from the core after polymer gelation because of the low ultimate viscosity and low gel 

stress. However, PRF is about 13 in case K, though still low with respect to the 48 hours 

shut-in time. As a result, using 0.2% polymer solutions results in low PRF values but still 
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might be applicable to reduce overall permeability and to avoid high pressure drop during 

the treatment. 

 

Table 5.6: Detailed information about polymer treatment for case I, case J and case K 

 Case I Case J Case K 

Core type (fractured) Indiana 

limestone 

Boise 

sandstone 

Berea 

sandstone 

Fracture aperture 50 micron 150 micron 80 micron 

Initial overall core permeability 130 mD 2030 mD 505 mD 

Fracture permeability 210 Darcy 1900 Darcy 600 Darcy 

Core porosity 18 % 30 % 20 % 

Polymer concentration 0.2 wt% 0.2 wt% 0.2 wt% 

Salt concentration 3 wt% 3 wt% 3 wt% 

Shut-in time 48 hr 48 hr 48 hr 

Treated overall core permeability 72 mD 610 mD 31 mD 

PRF 2  3  13  

Ideal PRF 65  6  3  

 

5.1.5 Conclusion 

The PRF values versus shut-in time for various experiments in this section are 

plotted in Figure 5.11. Higher initial polymer concentration in the polymer solution 

results in a higher range of PRF values in general. As a result, we picked the polymer 

concentration of 1 wt% to be the best choice in case of polymer preparation, injectivity 
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and gelation time. However, lower polymer concentrations could be applicable to reduce 

the fracture permeability, depending on the rock mineralogy and matrix permeability and 

desired injectivity criteria. Signs of early polymer gelation were observed when injecting 

polymer solutions with initial polymer concentrations below 1%; this could be avoided 

by injecting the proper amount of polymer solution with respect to the total reservoir 

fracture volume. 

 

Figure 5.11:  PRF values versus shut-in time for cases A-K and experiments 1-7 (section 
4.1) 
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solutions with 3% salinity and we only used sodium chloride (NaCl) as the salt in 

polymer solutions. In this section we are going to study the effect of NaCl concentration 

on PRF values and polymer performance. We kept the polymer concentration to 1 wt% 

and we varied the salt concentration from 1 wt% up to 10 wt%.  

According to Choi (2005), by reducing the salt concentration in polymer solution, 

polymer swelling occurs in lower pH. Also, the polymer viscosity reaches a higher 

plateau value by reducing the salt concentration (Figure 5.12). 

For the first set of experiments, we prepared the polymer solution with 1% salt 

concentration. Polymer concentration is 1% and shut-in time is set to 2 hours for cases L-

P. By reducing the salt concentration, the solubility of polymer powder in brine will be 

reduced and it takes more time and more effort to dissolve the polymer powder into the 

brine. In case of 1% NaCl concentration, we had to continue mixing the polymer powder 

into the brine for 24 hours to obtain a homogeneous solution compared with only 2 hours 

of mixing with polymer solutions with 3% NaCl concentration.  

As presented in Table 5.7, Figure 5.13, and Figure 5.14, PRF values for cases L 

and M are 23 and 21, respectively. The PRF values that we obtained for 2 hours shut-in 

in these cases are higher than the PRF values we got for 3% salt concentration in general. 

Higher PRF values are explained by shorter gelation time and higher gel viscosity for 1% 

salt concentration solution as shown in Figure 5.12. 
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Figure 5.12: Apparent viscosity of Carbopol® EZ-2 for different salt concentrations and 
3% polymer (Choi, 2005). 

Table 5.7: Detailed information about polymer treatment for case L and case M 

 Case L Case M 

Core type (fractured) Berea sandstone Berea sandstone 

Fracture aperture 70 micron 175 micron 

Initial overall core permeability 420 mD 1455 mD 

Fracture permeability 410 Darcy 2500 Darcy 

Core porosity 20 % 27 % 

Polymer concentration 1 wt% 1 wt% 

Salt concentration 1 wt% 1 wt% 

Shut-in time 1 hr 2 hr 

Treated overall core permeability 18 mD 70 mD 

PRF 23  21  

Ideal PRF 3  10  
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Figure 5.13:  Pressure drop across the core during each phase of polymer treatment for 
case L, flowrate = 10 cc/min 

 

Figure 5.14:  Pressure drop across the core during each phase of polymer treatment for 
case M, flowrate = 10 cc/min 
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For the next set of experiments, we increased the NaCl concentration to 2%. We 

used fractured Berea cores and saturated them with 3% NaCl brine. No sign of premature 

polymer gelation was observed during polymer injection. We shut the core for 2 hours in 

both cases and measured the treated overall core permeability by injecting brine into the 

core. The PRF values are presented in Table 5.8 and pressure drops across the core are 

shown in Figure 5.15 and Figure 5.16.  

Table 5.8: Detailed information about polymer treatment for case N and case O 

 Case N Case O 

Core type (fractured) Berea sandstone Berea sandstone 

Fracture aperture 55 micron 60 micron 

Initial overall core permeability 290 mD 360 mD 

Fracture permeability 290 Darcy 360 Darcy 

Core porosity 19 % 20 % 

Polymer concentration 1 wt% 1 wt% 

Salt concentration 2 wt% 2 wt% 

Shut-in time 2 hr 2 hr 

Treated overall core permeability 23 mD 31 mD 

PRF 13  12  

Ideal PRF 2  3  

 

We did not perform any new experiment with salt concentration of 3% since we 

can use the result from case C in section 5.1.2 to compare with other cases in this section.  
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Figure 5.15: Pressure drop across the core during each phase of polymer treatment for 
case N, flowrate = 10 cc/min 

Figure 5.16: Pressure drop across the core during each phase of polymer treatment for 
case O, flowrate = 10 cc/min 
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For the next set of experiments, we prepared polymer solutions with 5% NaCl 

concentrations. The polymer solubility is reduced since the NaCl is oversaturating the 

polymer solution. It takes more effort to dissolve the polymer into brine and a very small 

amount of polymer powder should be added to brine in each step.  

 

Table 5.9: Detailed information about polymer treatment for case P 

 Case P 

Core type (fractured) Berea sandstone 

Fracture aperture 80 micron 

Initial overall core permeability 310 mD 

Fracture permeability 600 Darcy 

Core porosity 19 % 

Polymer concentration 1 wt% 

Salt concentration 5 wt% 

Shut-in time 2 hr 

Treated overall core permeability 32 mD 

PRF 10  

Ideal PRF 2  

The results of polymer treatment in case P are presented in Table 5.9 and Figure 

5.17. The placement of polymer microgels inside the fractures reduced the overall core 

permeability to 32 mD, which results in PRF value of 10. No signs of early polymer 

gelatins or gel particles at the outlet were observed during this experiment.  

We tried to prepare polymer solutions with 10% NaCl concentration but we could 

not dissolve the polymer powder into the brine due to the high salt concentration in brine.  
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Figure 5.17:  Pressure drop across the core during each phase of polymer treatment for 
case P, flowrate = 10 cc/min 

 

5.2.1 Conclusion 

The PRF values for cases L-P are plotted in Figure 5.18. Note that in all of these 

cases, the polymer concentration is 1% and shut-in time is 2 hours. For the constant shut-

in time (geochemical buffering time) of 2 hours, PRF values in cases L and M are higher 

than other cases due to the shorter gelation time and higher ultimate gel viscosity by 

reducing the salt concentration in polymer solution. 

 

 

0

50

100

150

200

250

300

0 1 2 3 4 5 6

P
re

ss
u

re
 d

ro
p

, 
p

si

PVI

Before polymer injection After polymer gelation



 112 

 

Figure 5.18: PRF values for different NaCl concentration (1% polymer and 2 hours shut-
in time) for cases L-P 

 

As a result, reducing the salt concentration results in shorter gelation time and 

higher gel viscosity, leading to higher PRF values. Also, by reducing the salt 

concentration, polymer dissolution in brine would be lower and takes more effort to 

obtain homogeneous polymer solutions. On the other hand, increasing the salt 

concentration to more than 3% will result in difficulties in polymer dissolution into brine 

due to the solution oversaturation by NaCl. Finally, the selection of NaCl concentration 

depends on the rock mineralogy and desired PRF value, but using 3% salt concentration 

is highly recommended due to the ease of polymer preparation. 
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5.3 PRESENCES OF DIFFERENT SALTS IN POLYMER SOLUTION 

In section 5.1, we kept the salt concentration constant and we varied the polymer 

concentration and in section 5.2, we kept the polymer concentration constant and varied 

the salt concentration. In this section, we are going to change the salt in the solution and 

keep the polymer and salt concentration constant at 1% and 3%, respectively.  

According to Choi (2005), divalent cations in brine show more buffering effect 

than monovalent cations, resulting in a lower viscosity plateau value (Figure 5.19). 

Figure 5.19: Apparent viscosity for Carbopol® EZ-2 for different valence of salt (3% 
polymer) (Choi, 2005) 

We used calcium chloride (CaCl2), potassium chloride (KCl), magnesium 

chloride (MgCl2), and sodium chloride (NaCl) as the salt in polymer solution. Also, we 

used fractured Berea cores for this set of experiments.  The PRF values and detailed 

information about four coreflood experiments are listed in Table 5.10. Note that we used 

data from case C to compare with other cases in this section. 

 



 114 

Table 5.10: Detailed information about polymer treatment for case C and cases Q-S 

 Case Q Case R Case S Case C 

Core type (fractured) Berea 

sandstone 

Berea 

sandstone 

Berea 

sandstone 

Berea 

sandstone 

Salt MgCl2 KCl CaCl2 NaCl 

Fracture aperture 75 micron 65 micron 75 micron 85 micron 

Initial overall core 

permeability 

478 mD 389 mD 512 mD 640 mD 

Fracture permeability 480 Darcy 400 Darcy 480 Darcy 600 Darcy 

Core porosity 21 % 20 % 20 % 24 % 

Polymer concentration 1 wt% 1 wt% 1 wt% 1 wt% 

Salt concentration 3 wt% 3 wt% 3 wt% 3 wt% 

Shut-in time 2 hr 2 hr 2 hr 2 hr 

Treated  overall core 

permeability 

34 mD 39 mD 94 mD 39 mD 

PRF 14  10  5  16  

Ideal PRF 4  3  4  4  

 

The presence of each salt in polymer solution does not have any significant effect 

on polymer preparation and polymer performance. The PRF in case S is lower than other 

cases due to the lower gel viscosity in presence of divalent cations (Ca++). Although we 

used a divalent cation (Mg++) in case Q, the PRF is comparable with cases R and C. No 

sign of early polymer gelation was observed during polymer injection. 
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We set up another coreflood experiment to study the applicability of pH-sensitive 

polymers in the presence of various salts and cations in polymer solution. The goal was to 

investigate the feasibility of preparing polymer solutions with sea water which contains 

several salts and minerals. In this case, we added 1% of each salt mentioned in Table 5.10 

to the polymer solution. The PRF and detailed information are shown in Table 5.11. 

Consequently, no sign of early polymer gelation was observed throughout this set 

of experiments. PRF values in all cases are higher than Ideal PRF. PRF in presence of 

Ca++ (case S) is lower than other cases due to the lower gel viscosity in presence of 

divalent cations.  

Table 5.11: Detailed information about polymer treatment for case T 

 Case T 

Core type (fractured) Berea sandstone 

Salt NaCl, KCl, MgCl2, CaCl2 

Fracture aperture 85 micron 

Initial overall core permeability 780 mD 

Fracture permeability 650 Darcy 

Core porosity 22 % 

Polymer concentration 1 wt% 

Salt concentration 4 wt% 

Shut-in time 2  hr 

Treated overall core permeability 90 mD 

PRF 9  

Ideal PRF 5  
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One of the main characteristics of a solution with dissolved ions is the ionic 

strength. The ionic strength of a solution is a measure of the concentration of ions in that 

solution. The total electrolyte concentration in a solution will affect important properties 

such as the dissociation or the solubility of different salts.  

The ionic strength, I, of a solution is a function of the concentration of all ions in 

that solution and is calculated by the following equation: 

                                             � � �

�
∑ ���
��� ��

�                                   (Equation 5.1) 

where ci is the molar concentration of ion i (mol·dm-3) and zi is the charge number 

of that ion. The ionic strength values for different salts (3% concentration) are listed in 

the table below.  

Table 5.12: Ionic Strength for four different salts (mol.dm-3) at 3wt% concentration 

MgCl2 0.83 

CaCl2 0.72 

KCl 0.49 

NaCl 0.55 

 

After performing the polymer treatment, the PRF values versus ionic strength for 

each case is shown in the figure below.  
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Figure 5.20: Ionic strength versus PRF for four different salts 

Presence of each salt indeed affects the PRF value. However, we cannot conclude 
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ions, having higher molecular weight/volume, etc.  
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fractured core with brine and injected the polymer solution into the core. The polymer 

and NaCl concentration were 1% and 3%, respectively. The injected solution was 

preheated to 58°C before injection. We sealed the core after injection using multiple 

layers of aluminum foil immediately after polymer injection and put it in the oven at 

58°C. Aluminum foil is not permeable so it keeps the core saturated and it facilitates heat 

transfer to the core. 

We kept the core in the oven for one month in total. We removed the core to 

conduct brine injection tests periodically, measuring the PRF after 1 day, 3 days, 7 days, 

14 days, 21 days, and 30 days by applying a pressure drop across the core.  

 

Figure 5.21:  Pressure drops across the core vs. total pore volume of injected brine into a 
homogeneous Berea core (flowrate = 10 cc/min, oven temperature = 58°C) 
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The pressure drops across the core are shown in Figure 5.21. The PRF values and 

treated overall core permeabilities are listed in Table 5.13. We weighed the core before 

brine injection to ensure that the core was still saturated. Only a small difference in 

saturated core weights was observed. No signs of polymer particles were observed in the 

outlet.  

The first brine injection test forced a pathway through the gel inside the fracture; 

otherwise we would have obtained higher PRF values after each subsequent test. We 

performed the first injection test after only 24 hours to study the PRF changes throughout 

this experiment. We expect to obtain higher PRF values when performing the first brine 

injection test after longer time periods. However, more sophisticated core sealing is 

required to keep the core saturated in the oven.  

Table 5.13:  Pressure drops across the core vs. total pore volume of injected brine into a 
homogeneous fractured Berea core (flowrate = 10 cc/min, oven temperature 
= 58°C), Ideal PRF = 3.5 

Days in oven Saturated core weight, gr Treated overall core permeability, mD PRF 

1 312 52 10 

3 310 56 9 

7 307 61 8 

14 305 48 10 

21 306 50 10 

30 309 43 11 

 

In this experiment, the polymer gels showed excellent consistency after staying 

one month in the oven and in reservoir condition. We are optimistic about polymer 
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consistency in reservoir condition for time periods much longer than one month, but 

additional studies are required to confirm this expectation.  

To study the polymer stability against injected water after being held in reservoir 

condition, we performed another experiment. Rather than forcing fluid through the gel by 

imposing a constant injection rate, we applied a constant pressure to observe whether the 

gel would allow any flow at all. We used a fractured homogeneous Berea core and 

saturated the core with brine. After measuring the initial overall core permeability we 

injected the preheated polymer solution (1% polymer, 3% NaCl) into the core. 

We sealed the core with multiple layers of aluminum foil and put the core in an 

oven at 58°C for 7 days. The initial overall core permeability was 1,080 mD with 25% 

porosity. After 7 days, we exposed the core to brine at constant pressure and, after a 10-

minute interval, increased the injection pressure. We monitored for flow at each applied 

pressure, and repeated the increment. 

The gel completely blocked flow for applied pressures up to 85 psi (Table 5.14). 

The corresponding pressure gradients were 80 psi/ft, the core being 1 ft long and the exit 

being at atmospheric pressure. This behavior at elevated temperature is consistent with 

previous room temperature studies (Chapter 4). Even when the gel could no longer 

withstand the imposed pressure gradient, the resulting flowrate was small, and the PRF 

was nearly 20. The PRF is about two times higher than PRF observed in the constant rate 

injection tests of the same gel/fracture/core system. 
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Table 5.14:  Outlet flowrate from the core vs. applied pressure into a homogeneous 
fractured Berea core (flowrate = 10 cc/min, oven temperature = 58°C); Ideal 
PRF= 3 

Injection Pressure, 

psi 

Outflow rate, 

cc/min 

Duration, 

min 

Overall core 

permeability, mD 
PRF 

10 ≈0 10 ≈0 ∞ 

30 ≈0 10 ≈0 ∞ 

50 ≈0 10 ≈0 ∞ 

70 ≈0 10 ≈0 ∞ 

75 ≈0 20 ≈0 ∞ 

80 ≈0 20 ≈0 ∞ 

85 3.1 - 60 18 

50 1.7 - 56 19 
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Chapter 6: Conclusions and Recommendations 

In this chapter, we summarize the key findings throughout this research and 

recommend future studies in this field of research. First of all, we showed that minerals in 

sandstone and carbonate rocks are able to increase the polymer pH, resulting in an 

increase in polymer viscosity by several folds.  

 

Figure 6.1:  Polymer pH versus time in contact with sandstone/limestone rock for 
solution#1 

 As shown in the figure above, the rate of increase in polymer pH is faster in 

contact with limestone rocks due to the abundance of highly reactive minerals in the rock, 

which results in shorter gelation time in carbonate reservoirs.  

The Permeability Reduction Factor (PRF) is highly dependent on shut-in time 

(geochemical buffering time). Longer shut-in time results in higher PRF values due to the 

higher ultimate gel viscosity (Figure 6.2). 
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Placement of polymer microgels in fractured cores made from different type of 

sandstone and carbonate rocks reduced the overall core permeability in all cases. 

However, the obtained PRF value depends on the shut-in time and rock mineralogy. 

 

Figure 6.2: PRF versus shut-in time for experiments# 1-7 presented in Table 4.1 

 

We studied the microgels’ stability against injected water by performing constant 

pressure experiments. Microgels inside the core blocked the fracture up to 90 psi/ft of 

pressure before injected water could channel into the gels (Figure 6.3). According to this 

set of experiments, Carbopol polymers shows a Bingham fluid behavior with yield stress 

of about 160 Pa for polymer solutions with 3% polymer concentration. 
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Figure 6.3: Core overall permeability in each pressure step for cases A1-A3 

We estimated the polymer propagation inside the fractured reservoirs by recycling 

the injected polymer. We assumed that injected polymer only goes into the fracture and 

there is enough reactive mineral in the core to keep the reaction rate between polymer 

and rock minerals constant. We predict from lab experiments the maximum polymer 

propagation distance to be 700 ft and 150 ft in sandstone and limestone fractured cores, 

respectively. Field measurements will achieve shorter distances because of the higher 

expected polymer/rock reaction rate and polymer leakage in the porous medium. The 

propagation distance in fractured limestone core is shorter than in sandstone core due to 

the shorter gelation time. Acid pre-flushing the carbonate reservoirs is recommended 

depending on the desired PRF value and propagation distance.  

We performed several experiments in vuggy basaltic rocks, class H cement cores, 

and fractured blocks of sandstone rock. In all cases, the polymer treatment was successful 
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and placement of polymer microgels inside the core reduced the overall core 

permeability.  

 

We studied the various factors affecting PRF and polymer performance by 

performing several coreflood experiments. We measured PRF values for several cases by 

keeping the salt concentration constant at 3% and varying the polymer concentration 

from 0.2% to 3%. 

 

Figure 6.4:  PRF values versus shut-in time for cases A-K and experiments 1-7 (section 
4.1) 

According to above figure, higher polymer concentration results in higher PRF 

values in general due to the higher gel viscosity. 
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We also studied the effect of NaCl concentration in polymer solution by keeping 

the polymer concentration constant and equal to 2% and varying the salt concentration 

form 1% to 5%.  

 

Figure 6.5:  PRF values for different NaCl concentration (1% polymer and 2 hours shut-
in time) for cases L-P 

As a result, reducing the salt concentration results in shorter gelation time and 

higher gel viscosity which results in higher PRF values..  

In addition, we studied the effect of different salts on polymer solution by 

preparing the polymer solution with calcium chloride (CaCl2), potassium chloride (KCl), 

magnesium chloride (MgCl2), and sodium chloride (NaCl). The polymer concentration 

and salt concentration was 1% and 3% in those experiments, respectively. The presence 

of each salt in polymer solution affects the PRF value. However there is not a clear 

relation between ionic strength and PRF value.  
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Finally, we studied the polymer aging in reservoir condition by isolating the core 

after polymer treatment and placing the core into an oven at 58°C. The polymer 

microgels showed excellent consistency after staying for one month in the oven (Figure 

5.20). Also, we studied the polymer stability against injected water after staying 1 week 

in reservoir condition by performing constant pressure experiment. Placed microgels 

inside the core blocked the fracture up to 85 psi/ft of pressure.  

The goal of an ideal polymer treatment would be to completely block the already 

swept fractures without invading the matrix. As we observed in previous chapters 

polymer microgels tend to invade the matrix in case of high matrix porosity and 

permeability (section 4.3.1-4.3.3). Conversely, the calculated PRF values in carbonate 

cores which have much lower permeability and porosity with respect to sandstone cores 

are lower than ideal PRF which shows that the fracture is still contributing to flow 

(section 4.3.4 and 4.3.5). In general, higher polymer concentration results in higher PRF 

value at a fixed shut-in time and medium due to the higher ultimate polymer gel viscosity 

(Figure 5.1). 

 Choosing the polymer concentration depends on the desired application. For 

example the PRF values for a 3% polymer concentration in sandstone cores are much 

higher than Ideal PRF due to the matrix invasion by polymer microgels (Case 1 and 2 in 

Table 4.1). But in experiments with shorter shut-in times (2hr) and using the same 

polymer the PRF values are closer to the Ideal PRF (Case 4-6 in Table 4.1 – 3% polymer 

concentration).  

The same conclusion is valid for choosing the salt concentration. As mentioned 

above, lower salt concentration results in higher PRF values due to the higher ultimate 

gel viscosity (Figure 6.5). However, the polymer preparation and dissolution in brine 

with 3% salt concentration is easier and faster than in brine with 1% salt concentration.  
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As a summary, lower polymer concentration, higher salt concentration and shorter 

shut-in time each results in lower polymer gel viscosity, i.e. expected lower PRF value.  

Consequently, using pH-triggered polymers for conformance control and reducing 

the permeability of high permeability areas in fractured reservoirs is a promising 

technology. These polymers are inexpensive and are easy to prepare. The polymer 

concentration, salinity, and shut-in time could be set according to the desired PRF value, 

injectivity, propagation distance, and reservoir mineralogy.  

Polymer rheology experiments with respect to temperature are highly 

recommended for future studies. Also, using more sophisticated core isolations to 

prolong the study on polymer aging in reservoir condition is recommended. In addition, 

performing polymer treatment in reservoir scale tests is highly recommended because no 

report on using pH-triggered polymers in reservoir scale is reported in previous 

publication. 

Figure 6.6:  Pressure drops across the core vs. total pore volume of injected brine into a 
homogeneous Berea core (flowrate = 10 cc/min, oven temperature = 58°C) 
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