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 This report offers a comparative valuation of two bitumen production 

technologies, using real options analysis (ROA) techniques to incorporate strategic 

flexibility into the investment scenario. By integrating a probabilistic cost model into a 

real options framework, the value of an oil recovery facility is modeled to reflect the 

realistic alternatives available to decision-makers, where the course of the investment 

can be altered as new information becomes available. This approach represents a 

distinct advantage to traditional discounted cash flow (DCF) estimation, which is unable 

to capture operational adaptability, including the ability to expand, delay, or abandon a 

project. 

 The analysis focuses on the energy inputs required for the recovery of heavy oil 

bitumen from Alberta, Canada, and examines both natural gas and nuclear steam plants 

as heat sources. The ACR-1000 reactor is highlighted as a substitute for conventional 

natural gas-fueled means of production, in light of the recent volatility of natural gas 
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prices and the potential for emissions compliance charges. The methodology includes a 

levelized cost assessment per barrel of bitumen and estimation of cost ranges for each 

component. A mean-reversion stochastic price model was also derived for both natural 

gas and oil price. 

 By incorporating cost ranges into a ROA framework, the benefit of retaining 

project flexibility is included in its valuation. Formulated as a decision tree, built-in 

options include the initial selection to pursue nuclear or natural gas, site selection and 

licensing, the ability to switch heat source in the planning stage, and the final 

commitment to construct. Each decision is influenced by uncertainties, including the 

course of bitumen and natural gas price, as well as emissions policy. By structuring the 

investment scenario to include these options, the overall value of the project increases 

by over $150 million. The ability to switch technology type allows for an assessment of 

the viability of nuclear steam, which becomes economically favorable given high natural 

gas prices or high emissions taxes. Given an initial selection of natural gas SAGD, there 

is a 25% probability that a switch to nuclear steam will occur, as evolving financial 

conditions make nuclear the optimal technology. 
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Chapter 1. Introduction 

 

 As the population expands and vehicle use increases throughout the world [59], 

the accompanying rise in the demand for liquid transportation fuels will increasingly be 

met by unconventional petroleum resources. The US Energy Information Agency (EIA) 

projects a 50% rise in global energy consumption from 2005 to 2030 [61] to satisfy the 

demand created by industrialization and development. Even as research and 

development continues on alternative fuels, hydrocarbon recovery will continue to evolve 

as a function of improved extraction technology, economic viability, and the ingrained 

market dominance of engines that run on gasoline, diesel, or jet fuel. With the depletion 

of easily recoverable oil, unconventional petroleum is positioned to fill the supply gap, 

yet concerns remain about the environmental sustainability and energy intensity of this 

type of production. 

 In addition to the greenhouse gasses produced during combustion, the energy 

input to fossil fuel production contributes to the overall environmental impact. This report 

focuses on the uncertainty underlying the costs and benefits of the energy inputs 

required for the removal of bitumen from the Athabasca oil sands of Alberta, Canada, 

which is too viscous to flow naturally to a wellbore. Depending on its method of 

extraction, heavy oil requires a large heat input to reduce the viscosity of the bitumen for 

recovery. This heat is commonly provided by natural gas, which contributes to the 

production cost uncertainty.  More unconventional oil production, including oil from tar 

sands, implies more carbon dioxide emissions, and this research effort examines 

nuclear process heat as an alternative, emissions-free thermal source for producing 

bitumen.  
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 Currently the reality of energy production decisions is defined by the economic 

circumstances surrounding the recovery of the resource, not the social cost of carbon 

incurred by its combustion. The following report analyzes natural gas and nuclear energy 

for production of bitumen from a perspective of comparative cost and benefit, including a 

potential carbon compliance cost. Since the volume of bitumen within the Albertan oil 

sands is so vast, exploration for the resource is not a significant factor in production 

expenses. Additionally, since the bitumen is homogeneously dispersed within the sands 

in comparison with traditional reservoirs of oil, field depletion occurs over a much longer 

time horizon. These factors allow a financial analysis of oil sands to focus on costs 

associated with energy inputs and technology valuation, rather than reservoir quantity 

constraints [45].  

 By incorporating the most current cost information and technological 

specifications, examining key uncertainties, and integrating a dynamic approach, where 

real option valuations are estimated, strategic policy alternatives are identified. This 

research is supported by a comprehensive presentation of relevant literature, and the 

methodology and results are benchmarked and explained in detail. Included are 

discounted cash flow models, what-if analyses, stochastic price estimates, probabilistic 

assessments, and real options valuations. The aim is to develop a flexible model to 

represent the energy source decision for bitumen extraction in Alberta and possible 

cogeneration of electricity, providing an updated assessment of the potential for a 

nuclear energy option by illuminating key sensitivities. With inclusive analyses to guide 

them, energy policy makers and industrial leaders can take into account contextual 

environmental and political concerns when choosing the path of greatest economic 

efficiency. 
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1.2    The Oil Sands of Alberta 

 The infrastructure for extracting bitumen from Albertan oil sands was built by 

Syncrude ltd., a Canadian oil production firm, and accelerated during the energy crisis of 

the 1970s [58]. This unconventional deposit is comprised of the Athabasca, Peace River, 

Wabasca, and Cold Lake reserves, with Fort McMurray serving as the commercial hub 

for the industry. In 2008, the reserves totaled 170.4 billion barrels, with an export rate of 

1.51 million barrels per day. This reserve accounts for only 10% of total oil contained in 

Alberta, with the remainder being beyond the limits of recovery technology. 

 Oil sands production occurs via mining or in-situ extraction, and the resulting 

bitumen product can be further upgraded to create synthetic crude oil (SCO), a more 

valuable product that can be sold as a conventional crude equivalent. In-situ production 

refers to using process heat from natural gas combustion to liberate the crude from its 

host sediment. As it is heated, the viscosity of the bitumen is reduced, allowing it to flow 

to the production facility. This technique is a replication of that occurring in the natural 

world: on particularly hot days in northeast Alberta, bitumen oozes from the outcrops 

along the river valleys [2]. The following table provides an overview of the location and 

type of recoverable bitumen in Alberta.  

 

Table 1.1 Cubic meters of recoverable bitumen, by recovery method [25]. 

 Athabasca  Cold Lake  Peace River  Total Percent 

Surface Mining 17.5 0 0 17.5 6.5 

In-Situ 200 31.9 20.5 252.4 93.5% 

Total 217.5 31.9 20.5 269.9 100% 
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 Table 1.2 includes a breakdown of the total oil sands production in 2008 by 

project, including conventional strip mining, thermal in-situ, and cyclic steam stimulation. 

The majority of the SCO produced in Canada is exported to America, which relies on 

Canada as its top source of imported oil. 

 

Table 1.2 Current Oil Sand Production [25]  

Project Bitumen Capacity (bbl/day) SCO Capacity (bbl/day) 

Shell Scotford Upgrader 155,000 158,000 

Suncor Base & Millenium 440,000 357,000 

Syncrude Mildred Lake 407,000 350,000 

CNRL Horizon 135,000 114,000 

OPTI/Nexen Long Lake 72,000 58,500 

Total 1,209,000 1,037,500 

 

 Since recovering bitumen is more expensive than recovering light, sweet crude, 

the viability of the oil sands industry depends on the course of world oil prices. The 

projects listed above, as well as those proposed for future construction, are operated 

under the assumption that easy oil production will decline, and more expensive options, 

such as unconventional heavy oil, tertiary recovery, or ultra-deep off shore drilling, will 

be adopted. The end of easy oil has redefined focus of the petroleum industry, with an 

increasing emphasis on the potential of unconventional resources, such as those in 

Alberta. 

1.21    Estimates for Future Production  

 The industrial significance of the reserves is of critical importance for the 

province.  Investment in oil sands development increased 100% over the past 3 years, 



 5 
 

totaling $19.2 billion Canadian in 2008. A recent estimate from the Canadian Energy 

Research Institute (CERI) forecasts $100 billion investment through 2020, with 3.6 

million person years of employment created within the province. In 2000, the oil sands 

industry claimed 9.0% of the province’s GDP, and this share is projected to increase to 

20% by 2020. Oil sands activities are estimated to create employment both within 

Alberta and for Canada as a whole, totaling 6.6 million person years. Additionally, three 

indirect jobs are forecasted to be created for each primary position serving the oil sands 

[12].  

 Oil sands growth will promote growth of secondary industries within the province, 

including machinery and material suppliers. The transmission and transportation 

infrastructures will also have to be updated to keep up with this growth. Estimates for 

future oil sands production, shown in Figure 1.1, indicate a significant rise in output 

through the next 15 years.  

 

 

Figure 1.1: Projected Oil Sands Production to 2017 [10],[16],[44]  
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 Figure 1.1 depicts several estimates from leading Canadian energy research 

organizations, with a high of 3.8 million barrels of gross production per day by 2017, and 

an average of 3.36 million barrels. The primary customers for the crude will continue to 

be domestic and American markets, a significant contributor to North American energy 

security. As noted above, increased production means job growth, and Fort McMurray is 

known as a modern-day boomtown. While jobs are currently plentiful around the area, 

only a single two-lane road connects it to the rest of the province, and the town lacks 

adequate housing, hospitals, schools, and other social services needed to support a 

community [5]. Establishing sufficient public sector infrastructure is a critical step to 

accessing this strategic reserve to its full potential.  
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Chapter 2. Steam Assisted Gravity Drainage: Overview of Natural Gas-
Fueled Recovery and Nuclear Potential 

 

 This report focuses on a comparative assessment of two energy sources for 

bitumen extraction, specifically using the steam assisted gravity drainage (SAGD) in-situ 

method. Although mining comprises the majority of production, various estimates cite 

SAGD as the less cost intensive and environmentally disruptive, with the ability to 

access bitumen located at depths infeasible for mining operations [1] (as seen in Table 

1.1, the majority of resources are trapped below the 75 meter depth accessible by 

mining). The advantages of a high recovery rate and cleaner production method position 

the technology as a significant if not primary extraction method as the industry develops. 

Currently, over 100 SAGD wells are in operation. 

 SAGD technology is based on the development of horizontal drilling, in which two 

wells are used in conjunction. One well continuously injects low-pressure steam into the 

upper portion of the wellbore, reducing the oil’s viscosity. Once the rock is heated, 

fractures form, allowing the free-flowing crude to drain into the lower wellbore, finally 

pumped out by the second well. Since the wells are horizontal, they are able to access a 

much greater area of the reservoir than traditional vertical wells [17]. SAGD wells are 

twice as efficient as cyclic steam stimulation wells, a comparable heavy oil recovery 

technology, and are less prone to damaging the reservoir, due to the relatively low 

pressure of the steam [57]. The following image illustrates the SAGD process. 
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Figure 2.1: The dual-well horizontal SAGD process.  
Source: Canadian Parks and Wilderness Society 

  

 SAGD operating costs are dominated by the expense associated with steam 

creation, which is done via the combustion of natural gas. The recent volatility of natural 

gas price (including spikes above $10/Mcf), seen in Figure 2.2, contributes significantly 

to the cost uncertainty associated with producing a barrel of bitumen using SAGD. 

Additionally, the production of greenhouse gasses from natural gas use may further 

contribute to bitumen costs, depending on the emissions compliance enforced. These 

issues will be analyzed in detail in further sections.  

 

 

Figure 2.2: Historical Natural Gas Prices 
Source: U.S. Energy Information Administration 
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 Even as the discovery and extraction of natural gas from shale rock has 

increased American supply, the domestic supply in Alberta faces a more uncertain 

future, and price vulnerability is further discussed in Section 2.12. 

2.1 Energy Requirements for SAGD  

 The energy requirements for SAGD vary greatly according to the geologic 

characteristics of the reservoir, including permeability, bitumen properties, porosity, 

distance the steam must be piped, and depth of the reserve. Steam pressure 

requirements range from 6.0-11 MPa, corresponding to 4.5-6.0 MPa at wellhead, after 

pressure reduction due to friction in the pipeline. The acceptable pressure range 

depends on how much pressure the formation can withstand while maintaining its 

integrity. This variability in extraction rate is defined by the Steam to Oil Ratio (SOR), or 

the units of steam required to produce one unit of bitumen (SAGD fields usually maintain 

an SOR of 2.5-3). Large projects (over 100k bbl/day) segment production into several 

steam units, to avoid piping the steam over great distances and losing efficiency [54]. 

 Literature indicates that each barrel of bitumen produced requires an input of 

.924-1.54 MMBtu (1 MMBtu is equivalent to 1.027 thousand cubic feet) of thermal 

energy, with 1.02-1.33 MMBtu/bbl required for an SOR of 2.5 [12]. Since this analysis 

assumes a generic oil sands field of unknown geologic properties, high-end estimates 

are employed to avoid underestimating costs. Thus the energy requirement equates to 

1.07 GJ/bbl, with an increase of .16 GJ for every half-point increase in SOR. If 

cogeneration of electricity is undertaken to satisfy SAGD requirements (approximately 

300 MWhe/day), each barrel of crude now consumes 1.7 GJ. These figures are 

summarized in Table 2.1 for a 30,000 bbl/day plant [14]. Converting thermal output to GJ 
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allows a comparison to be made when developing a cost model for a nuclear plant, 

where nuclear megawatt-hour cost is converted to GJ cost.  

 
Table 2.1 Varying Natural Gas Requirements by SOR and Cogeneration Option [25] 

SAGD production SOR MMBtu/bbl GJt+e/bbl 

Natural Gas Plant – no cogen 2.5 1.02 1.07 

NG plant – with cogen 2.5 1.63 1.72 

NG plant – no cogen 3.5 1.31 1.39 

NG plant – with cogen 3.5 1.91 2.02 
 

 Assuming each MMBtu of natural gas emits 14.47 kg of carbon dioxide [64], a 

SAGD project of 30,000 bbl/day would have both a large gas requirement and a large 

green house gas output, seen in Figure 2.3. A recent International Panel on Climate 

Change estimate cites $43 ($44.5 Canadian) per metric ton carbon as an average 

emissions compliance charge [38], which, as seen in the model developed in this report, 

could have a significant impact on overall supply cost.   

 

Figure 2.3 Carbon emissions and natural gas requirements associated with a 30,0000 
bbl/day SAGD project, based on SOR [25] 
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 A 30,000 bbl/day SAGD plant also requires approximately 300 MWh of electricity 

per day, or 9 kWh per barrel. This input also impacts the cost of production and results in 

additional green house gas production [25]. Given that each MWh is equivalent to .718 

tonnes of CO2 [65], the daily emissions from the project are approximately 215.4 tonnes 

from electricity alone. While a nuclear steam plant would still have to buy this electricity 

from another source, it would avoid the bulk of emissions associated with the 

combustion of natural gas. 

2.12   Natural Gas as a Fuel Source for Bitumen Production 

 Fuel costs incurred by a SAGD facility are based on the market price of natural 

gas, and represent a significant source of volatility in estimating the overall cost of the 

process. Seen in Figure 2.2, the price per MMBtu of natural gas has felt exhibited 

considerable instability in the past ten years. As of the last month of 2009, the Henry 

Hub spot price was $5.57/MMBtu, while the New York Mercantile Exchange (NYMEX) 

gave a futures contract price of $5.46/MMBtu [63]. 

 While natural gas prices are a function of the economic framework specific to the 

fuel, like many commodities, the laws of price theory also influence their fluctuation. The 

degree of price response to supply and demand relates to price elasticity, and because 

the market is highly inelastic, natural gas prices have been particularly sensitive to short-

term supply and demand shifts. Consumers cannot easily switch to a different fuel 

source as the price increases, and production infrastructure capacity cannot be quickly 

expanded. Significant time is required to bring additional supplies to market and 

increasing pipeline capacity to alleviate shortages is not a near-term mitigation strategy. 

These obstacles mean that natural gas prices will be very sensitive to external factors 
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such as cold weather or hurricane activity. While this type of inelasticity is common 

among energy commodities, natural gas volatility is comparatively high [43]. 

 Although exogenous forces can influence price, a massive increase in supply 

may keep prices low. The wide distribution of shale plays in the lower 48 United States 

contain vast resources of natural gas. Technological developments, including advances 

in horizontal drilling and hydraulic fracturing, along with high natural gas prices, have 

made this unconventional resource economically viable. Most new reserve growth 

through 2011 (estimated at 50-60%, or approximately 3 bcf/day) may come from shale 

gas reservoirs, and the total estimated recoverable resources in several large plays (the 

Haynesville, Fayetteville, Marcellus, and Woodford) could be over 550 tcf [60]. The glut 

of gas produced in the United States may discourage imports of Albertan gas, freeing up 

the resource for oil sands production, and making the price impact of the fuel less 

consequential for overall supply cost.  

 Yet unknowns still have the potential to affect the natural gas price in Fort 

McMurray, and its volatility is still worth examining. The excess supply may drive prices 

low enough to reduce production, bringing prices back toward a sustainable equilibrium. 

Recent revelations of the Energy Information Agency overstating natural gas production 

numbers may have been artificially depressing prices, and revisions to that data indicate 

a significant reduction in production capacity [18]. Leading consulting firms and research 

organizations all predict a price increase over time, shown in Figure 2.4 (AECO is the 

Canadian natural gas exchange, while Henry Hub is the pricing institution for US gas). 

While technology may make supply more plentiful, analysts agree that this is a time of 

significant uncertainty for price expectations [46]. 
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Figure 2.4 Price Forecasts for Natural Gas through 2020 
 

 While North American stockpiles and production capacity may be high, they are 

not limitless, and bountiful gas should not be taken as the status quo. Pipelines for 

transporting natural gas to the oil sands fields in Northeast Alberta are nearing maximum 

capacity, and plans to add pipeline capacity have faltered, met with strong resistant to 

environmental groups [55]. No matter how cheap the fuel becomes, a field premium will 

apply to natural gas delivered to remote Northeast Alberta. Additionally, as oil sands are 

depleted the pressure inside the formation drops, requiring a larger fuel input for 

production, thus effecting the cost of extraction [30]. Presuming a trend of higher prices 

is not unreasonable, and the stochastic model developed in this analysis is based on the 

assumption of gradual price escalation. 

2.13   A Nuclear Option for SAGD 

 In the face of high gas prices and concern over carbon emissions, nuclear 

energy could represent an economical stand-in for natural gas, providing the thermal 
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output and outlet pressure necessary for liberating bitumen. Unlike the fuel input in 

natural gas plant, the fuel used in nuclear reactors comprises a small percentage of the 

total cost of the energy produced. The cost sensitivity of nuclear heat to uranium price is 

low. One estimate concludes that at a “price of ~$40/kg of uranium, the ore costs 

amount to only ~0.1 cents/kW-hr (i.e., only ~2-3% of nuclear's total power cost). The ore 

cost could increase by a factor of 10 (to ~$400/kg) and nuclear's power cost would only 

increase by ~1 cent” [36]. Additionally, steam production via nuclear fission requires no 

hydrocarbons, and thus produces no green house gasses (GHGs), avoiding any 

potential carbon tax.  

 Although it produces minimal GHGs and is not vulnerable to significant fuel price 

volatility, a nuclear reactor in Alberta would face significant challenges. These include 

transmission and infrastructure limitations, skilled labor shortages, high capital costs, 

water consumption and waste management. Application for surface and groundwater 

use will have to be approved by Alberta Environment, the regulatory body responsible 

for granting permits [3]. Public dissent may also be an issue, although nuclear energy is 

already widely-used in Canda, primarily in Ontario, where the Canadian-designed 

CANDU heavy water reactor meets 14.7% of the country’s electricity requirements [47]. 

Yet the SAGD industry in Fort McMurray is in some ways still in its nascent stages of 

development. As exploitation of the oil sands increases, significant investment in 

infrastructure will occur, and if the economics are favorable, labor and other material 

requirements will materialize to fill any emerging resource gap.  

2.2 Bitumen Output with Nuclear Energy   

 Nuclear reactors, as configured for electricity production, are generally larger and 

would produce too much steam than would be required by an oil sands operation. 
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Proper placement of the reactor and wellpads, with discrete steam distribution points, or 

the deployment of smaller reactors throughout the reserve could overcome this technical 

challenge. The presence of too much steam at too low a pressure (the case with the off-

the-shelf CANDU 6 reactor reactor) should not preclude the nuclear option, especially if 

a large reservoir with a high fracture range is the focus of nuclear-driven recovery. As 

mentioned above, while oil sands are not distributed in discrete reservoirs like 

conventional crude, production will still be a function geologic constraints, including 

fracture rate of the formation and the corresponding SOR required for recovery. The 

parameters of specific fields will stand as key considerations prior to development, be it 

nuclear or natural gas. 

 Reactors with different thermal outputs would produce varying amounts of steam, 

and thus support bitumen recovery at different rates. Barrels of steam produced depend 

on steam pressure, quality, and flow rate, and nuclear reactors all feature different 

constraints for these variables. Steam production by barrel depends on reactor outlet 

pressure, temperature, quality, and flow rate. Table 2.2 depicts various estimates for 

bitumen production from nuclear steam, assuming an SOR of 2.5. The wide range of 

values highlights the difficultly of producing a reliable estimate, and illustrates the 

potentially very high bitumen production capacity of a nuclear plant. If a reactor were 

used for oil sands extraction, it would likely be scaled to meet the demands of the field, 

which are generally much smaller than the ranges given below. 
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Table 2.2 Potential Bitumen Produced by Nuclear Process Heat Plant via SAGD 

Reactor Type Barrels/day Source 

CANDU 6 200,000 

653,000 

CERI, 2008. 

MIT, 2007. 

ACR-700 157,000 

697,000 

CERI, 2003. 

MIT, 2007. 

ACR-1000 300,000 AECL, 2009. 

2 PBMRs 100,000 b/d SNC-Lavalin, 2008. 

 

 In estimating the costs associated with nuclear bitumen production, the reactor 

output is limited to 30,000 bbl/day, equivalent to a typical SAGD natural gas plant, 

although the estimates in Table 2.2 suggest a much larger potential output. The large 

amount of nuclear steam production means that this technology would be appropriate 

only for fields that can support this level of production, However, SAGD projects 

upwards of 50,000 bbl/day are in development, and larger-scale production supported by 

a large NPP is considered in this work. 

2.21 The ACR-1000 Reactor as a Candidate for Bitumen Production 

 This analysis focuses on the costs associated with the ACR-1000 for several 

reasons. It is the latest model in the progression of the domestically developed Atomic 

Energy of Canada Limited (AECL) reactor line. While it has never been built, it is based 

on the proven CANDU 6, and AECL is confident in its viability [14]. 

 Much like previous CANDU designs, the ACR features a fuel bundle design in 

which uranium pellets are encased in metal tubes, a heavy water moderator, high 

neutron efficiency, and on-line fuelling. Some features of this reactor deviate from the 

CANDU-6, notably the use of light water as a coolant. The ACR-1000 has a smaller 
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output and higher efficiency than the CANDU 6, with AECL estimating a 95% thermal 

capacity-factor.  While the previous iteration of the heavy water reactor used natural 

uranium as its fuel, the ACR uses low-enriched uranium (1.5 -2.1% U-235) [7]. Table 2.3 

summarizes several key differences between the ACR-1000 and the CANDU-6. 

Table 2.3 CANDU-6 and ACR-1000 Specifications [56] 

 CANDU-6 ACR-1000 

Net Output (MWe) 666 1085 

Fuel Natural Uranium Slightly-enriched Uranium (2.1% U-235) 

Coolant D2O Light water 

Steam Pressure (MPa (g) 4.5 5.9 

Steam Temperature (C) 258 273 

 

 Compared to the CANDU 6, the ACR-1000 has a greater steam output and 

higher pressure. Several studies claim that this reactor could be modified for 

cogeneration purposes, producing both steam and electricity, and could be re-

engineered such that the steam pressure would reach levels adequate for oil sands 

applications competitive with natural gas [14]. The model developed in this report 

accounts for some variation in capital cost due to the reduction or elimination or systems 

required for electricity production. Since significant technical deterrents to nuclear 

integration include excess thermal capacity and steam production at lower than 

acceptable pressure [50], the modification of an ACR-1000 to overcome these limitations 

makes it an attractive choice. High capacity steam compressors are needed, and an 

attempt to model their impact on costs is shown in Section 4.12. As the latest in the 

evolution of CANDU reactors, the ACR-1000 emerges as a logical choice for Alberta, 

due to AECL’s domestic presence and the compatibility of its technical specifications 
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with oil sands production. Additionally, the ACR-1000 is modularized, and modules can 

be shipped by rail, an advantage in remote and isolated northeast Alberta [56].  
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Chapter 3. Relevant Literature 

 

 Given the recent economic viability of unconventional petroleum, the oil sands 

have attracted increased analytical attention in past 10 years. Several relevant studies 

have been conducted, or are currently underway, examining traditional methods of oil 

sands production, the economic impact of oil sands in Alberta, and the viability of 

nuclear energy in the province. A handful of studies directly examine various aspects 

associated with the potential for a nuclear plant for bitumen extraction in Alberta, in 

comparison with natural gas production. These have proved essential for the 

development of this effort.  

3.1 Oil Sands Development and Natural Gas 

 Literature examining the economics and fuel requirements of natural gas plants 

for bitumen production in Alberta was used for developing the natural gas side of the 

model central to this report. The “Life Cycle Assessment of Oil Sands Technologies,” 

published by the University of Calgary, discusses the direct and indirect economic and 

environmental impact of oil sands technologies in light of significant growth in the 

industry. 

 Two related publications by CERI provided plentiful foundational data for this 

paper, strengthening the case for oil sands extraction as a viable and beneficial industry 

for Alberta. Both “Economic Impacts of Alberta’s Oil Sands,” released in 2004, and 

2009’s “Economic Impacts of the Petroleum Industry in Canada” investigate the potential 

economic benefits of development and production at the provincial, national, and global 

levels, assessing impact on GDP, employment, and government revenues generated. 
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Results in these studies are dependent on oil price, where USD$32/bbl yields a net 

value of $531 billion, and $40/bbl yields a $1,360 billion impact, a 55% increase [11] 

[12]. 

 The “Oil Sands Technology Roadmap,” (OSTR) released by the Alberta 

Chamber of Resources [1], focuses on the challenges to the industry, assuming a 5 

million bbl/day production rate by 2030. This report provided detailed summaries of 

SAGD production costs ratios that were instrumental in benchmarking the results of this 

study. Figure 3.1 illustrates the cost components per barrel of bitumen produced via 

natural gas SAGD derived by OSTR. 

 

Figure 3.1 SAGD Price Inputs Derived from the OSTR Study 
 

 The OSTR study also provided key information on the electricity requirements for 

SAGD production, and their effect on the cost chain. Similarly, the presentation “Natural 

Gas Use in Alberta’s Oil Sands Industry,” given by CERI at its North American Natural 

Gas Conference in 2004, also provides ranges of natural gas inputs required for bitumen 

extraction, varied by method.    

 Part II of “Green Bitumen: The Role of Nuclear, Gasification, and CCS in 

Alberta’s Oil Sands,” published by CERI in 2008 [13], was a primary source for data 
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used in the in-situ portion of the model presented in following sections. Values related to 

the concepts of steam to oil ratio (SOR), heat required for production of one barrel of 

bitumen, cogeneration options, and capital and operating costs were taken from this 

study. Much of the supply cost picture for bitumen extracted with gas (and by extension 

methods developed to quantify potential nuclear-sourced extraction) was taken from this 

CERI report.  

3.2 Nuclear Energy in Alberta  

 An examination of nuclear energy in Alberta entitled “The Nuclear Energy Option 

in Alberta” [3] was recently undertaken jointly by the Alberta Research Council and Idaho 

National Laboratory. While this paper does not address the potential for nuclear process 

heat application to oil sands recovery, it does provide a thorough overview of the 

regulatory, environmental, technical, and social milieu in which nuclear development 

would be situated. It summarizes the electricity supply and demand picture for the 

province, and forecasts its evolution. The report discusses limitations of fossil fuels in 

meeting this demand and the challenges of integrating nuclear to the portfolio generation 

mix.   

 The CERI report “Levelised Unit Electricity Cost Comparison of Alternate 

Technologies for Baseload Generation in Ontario” includes a cost model for a new 

power plant in Ontario. While not Alberta-specific, this report provides a good data for 

developing an understanding of what it takes to embark on a new nuclear build in 

Canada. It also includes the effects of a potential carbon penalty, with results indicating 

that the CANDU ACR-700 reactor would be the most economical, or at least on par with 

coal. The LUEC derived for this reactor is $73.33/MWh, in 2003 Canadian dollars [15].  
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3.3 Nuclear for Bitumen Recovery 

 The possibility of using the immense energy produced by nuclear fission for the 

energy-intensive process of extracting heavy oil has not gone unstudied. A white paper 

published by MIT in 2007 entitled “Integration of Nuclear Energy with Oil Sands Projects   

For Reduced Greenhouse Gas Emissions and Natural Gas Consumption” provides an 

overview of the nuclear option for both mining and SAGD recovery in comparison with 

natural gas, examining several reactor types. It concludes that nuclear would be 

competitive at natural gas prices of $10-13/MMBtu, with the primary benefit of reducing 

carbon emissions produced by natural gas use. The MIT paper found that nuclear 

energy applications are likely to provide an economically competitive, GHG-free option 

to assist Canada in meeting emission reduction commitments while reducing pressure 

on limited gas supply, improving energy security and allowing responsible development 

of its vast resources [25]. 

 AECL has also produced its own analysis of the implementation of altered 

CANDU reactors for steam production, and it has supplied information to other 

organizations for similar studies. A presentation given in June of 2009 examines the 

application of the ACR-1000 to SAGD, where the reactor is configured to provide both 

steam and electricity, thus overcoming the obstacle of its inappropriate size. The 

electricity produced would be used both for grid supply and hydrogen creation for 

bitumen upgrading to SCO. Since hydrogen used for upgrading bitumen is done via the 

gas-intensive steam methane reforming process, deploying nuclear would resolve cost 

uncertainty in terms of fuel. AECL estimated that a small-size CANDU could be 

implemented by 2025, further alleviating issues surrounded plant size. The presentation 

emphasizes that nuclear energy would provide thermal energy and electricity with 
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reduced GHG intensity that would be economically competitive in multiple scenarios [6]. 

CERI’s “Potential for Nuclear Energy in Alberta’s Oil Sands” presentation uses AECL 

data, and produces similar results, including a comparison of nuclear and natural gas 

supply costs [23]. 

 

Figure 3.2. Steam Supply Cost Components – Nuclear and Natural Gas 
 

 Figure 3.2 illustrates the estimates deduced in the above-cited report. The costs 

associated with nuclear production of steam (the chart on the left) omit a specific fuel 

cycle cost, because the analysis assumes that the capital charge of the reactor quoted 

by the vendor will be all-inclusive, and thus does not decouple a separate fuel charge. 

The natural gas plant cost breakdown shows that fuel costs dominate due to the 

assumption of a very high fuel consumption rate (the model represents one specific type 

of gas-fired facility). While this result is not consistent with other estimates, it does 

indicate the potential impact of a reliance on natural gas 

 The Petroleum Technology Alliance Canada (PTAC) recently published a report 

entitled “Alternative Energy Solutions for Oil Sands Development,” which examined 

nuclear energy options for bitumen extraction. This study looked at the CANDU 6E as 

well as next generation High Temperature Gas Reactors (HTGRs). It concludes that 

currently available reactors would produce excess electricity, which would have to be 
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sold to the Alberta energy grid. Additionally, steam compressors would be required to 

increase the pressure to acceptable levels for viscosity reduction. If the surplus energy 

and low pressure steam issues are resolved, nuclear applications could be possible in 

Alberta, although nuclear vendors would likely require the financial and technical 

assistance of the petroleum industry. In this study, HTGRs show the most promise, 

given their relatively small capacity. The most promising possibility for nuclear 

integration is a “utility approach,” where cogeneration of both steam for oil sands and 

electricity for Alberta’s grid are optimized [50].  

 With PTAC as its primary client, the consulting firm SNC-Lavalin Nuclear Inc. 

produced a comprehensive report in 2009 on nuclear energy options in Alberta. This 

resource encompasses vendor capacities, licensing, technical assessments of steam 

and electricity production, extensive cost breakdowns, and some risk analysis. This 

study identifies high capacity steam compressors as a critical factor in the viability of 

nuclear. This technology is not available on an industrial scale, but would be necessary 

for establishing an appropriate steam pressure for bitumen extraction.  The LUEC 

derived for a twin ACR-1000 in this study is $69.51/MWh, using identical capital costs as 

the AP1000, a reactor produced by General Electric. Four units of the small General 

Atomics HTGR costs $111.13/MWh [56]. A breakdown of the cost ratios incorporated 

into the LUEC analysis of the ACR-1000 is depicted in Figure 3.3. 
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Figure 3.3. LUEC Components for the ACR-1000 

 
  

 In 2003, CERI gave a paper at the Canadian International Petroleum Conference 

examining this issue. “Does Nuclear Energy Have a Role in the Development of 

Canada’s Oil Sands?” was a comparison of levelized unit cost of steam estimates for the 

AECL produced ACR-700 and a natural gas facility for a SAGD project. While the 

analysis focuses on a steam-only nuclear plant, an important insight from this paper was 

that a nuclear plant can be configured to produce any ratio of steam to electricity 

desired, with pressure increases possible with reengineering. To produce a metric ton of 

steam, natural gas and nuclear costs (in 2003 Canadian dollars) are almost equal: 

$8.61/t for nuclear and $8.71/t for natural gas. Capital costs are the most sensitive 

variable on the nuclear side, while the cost of fuel for the natural gas plant and any 

carbon compliance costs are influential factors for a natural gas plant [22]. 

 A final influential report is part III of CERI’s “Green Bitumen: The Role of Nuclear, 

Gasification, and CCS in Alberta’s Oil Sands,” which provided important background 

information on the ACR-1000 and the small-scale Toshiba 4S. Capital cost data 

provided in this analysis was included for both these reactor types and LUEC estimates 

were derived. Supply costs for the ACR total, in 2007 C$, $70.3/MWh and $19/GJ for the 
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4S [14]. While the report does not estimate nuclear supply costs per barrel of bitumen, 

its LUEC figures are used in subsequent benchmarks. 

 Figure 3.4 illustrates the cost breakdown estimated in the “Green Bitumen” 

report. The difference between this ACR-1000 estimate and the SNC estimate shown in 

Figure 3.3 lies in explicit treatment of fuel cycle costs, as well as slightly different 

financing assumptions.  The higher fuel cycle costs in the CERI model reflect more 

accurate, inclusive, and up-to-date estimates, and will play an important role in 

benchmarking the results derived by the model in Chapter 4. The cost breakdown in 

Figure 3.4 depicts a high capital cost impact for nuclear (shown on the top), with more 

significant fuel and O&M inputs for natural gas.  

 
Figure 3.4. LUEC Components for the ACR-1000 and a Natural Gas Equivalent 
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3.4 Real Options Valuation 

 Real options analysis (ROA) is a technique for valuing a project in light of the 

alternatives available to decision-makers, where the project can be altered based on 

new information coming to light over time. Plentiful examples exist in the literature of 

applying ROA techniques to problems of natural resource exploitation, specifically oil 

and gas investment, exploration, and production. Often, they take one or more of three 

separate approaches: deriving the value of initiating, delaying, or abandoning a project. 

Methodology ranges from the mathematically rigorous work of Schwartz [53] to decision-

tree oriented solutions, for instance that of Babajide [8]. 

 While oil, gas, and mineral extraction have a significant body of ROA research 

built up around them, the literature examining ROA applications to nuclear energy 

decisions is limited. The majority of economic analyses of nuclear rely on traditional 

discounted cash flow (DCF) calculations, where NPV is estimated and sensitivity 

analysis conducted on influential variables. As U. Lauferts and L. Van Den Durpel claim, 

DCF is often negatively influenced by “past like projects and unconscious bias of the 

assessing team” [41]. Due to the experience of cost overruns and a belief in notoriously 

high up-front costs, cost estimates are often undervalued. Lauferts and Van Den Durpel 

go on to note that “the nuclear fuel cycle is full of optionalities” [41] and ROA more 

accurately reveals the economic potential of nuclear steam, cogeneration, and modular 

reactors than DCF. Incorporating the uncertainties of supply cost, determined by the 

model developed in Chapter 4, and other commodity prices and market forces allows for 

the comparative ROA outlined in Chapter 6. 

 A series of articles and presentations by Rothwell also provide foundational 

material for the current study. These include “A Real Options Approach to Evaluating 
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New Nuclear Power Plants,” which investigates the options value of a new nuclear plant 

in South Texas, deriving “trigger price” cut-off points using the Geometric Brownian 

Motion (GBM) uncertainty factor developed by Dixit and Pyndick in their ground-breaking 

options work. In “A Real Options Approach…” [19] Rothwell calculates specific trigger 

revenue and construction cost levels at which investment would occur, along with the 

value of waiting. He takes advantage of the primary benefit of ROA, incorporating a risk 

premium not otherwise accounted for in DCF [51]. 

 Rothwell applies this technique to a specific case in a presentation given to 

Centro de Estudios Publicos in 2007, entitled “An Evaluation of the Real Option of 

Starting to Build a Nuclear Power Plant in Chile in 2020.” Here he creates a three-stage 

optionality scheme, where the developer first selects a site, then initiates the licensing 

process, then commits to plant construction. Each option has a cost and value, and the 

benefit of segmenting the decision process into three stages is quantified. His 

methodology for the ROA calculation is expanded in an article entitled “Valuation and 

Optionality of Large Energy Industry Capital Investments,” published in 2007. Graber 

and Rothwell here employ the binomial tree options methodology which captures the 

volatility of costs over several time periods to induce an options value that incorporates 

evolving uncertainty [32]. 

 Kiriyama and Suzuki present a value analysis in the “Use of Real Options in 

Nuclear Power Plant Valuation in the Presence of Uncertainty with CO2 Emission 

Credit.” They compare the options values of nuclear, wind, and solar voltaic energy 

sources given the volatility and variability of carbon emissions regulations. Like Rothwell, 

they calculate a critical price level for deployment of each generation type, but focus 

instead on emissions regulations as the determinative factor. Similar to that developed in 
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Section 4.23, they create a model estimating the future path of a commodity 

incorporating GBM, in this case CO2 credits. In their analysis, nuclear has a higher 

options value than wind or solar [39]. 
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Chapter 4. LUEC Methodology 

 

 The methodology used in this analysis includes a calculation of LUEC for the 

ACR-1000, the Toshiba 4S, and a 30,000 bbl/day natural gas plant typical to heavy oil 

application. These estimates attempt to account for the most recent information available 

on nuclear fuel cycle costs, capital expenses, O&M requirements, and natural gas price 

volatility. 

 The initial results are based on a discounted cash flow calculation, described in 

further detail in Section 4.1. Using the costs derived in the model, key variables are 

identified and sensitivity analysis conducted. By building decision trees that model the 

decision to construct a nuclear or natural gas plant, principles of decision analysis and 

risk theory illuminate significant break-even points. Probability distributions and 

uncertainties assigned to variables allow for a more dynamic assessment of their relative 

impacts. This stochastic portion of the analysis is relevant in the natural gas pricing 

model developed as well as Monte Carlo simulations done on supply costs, with the aim 

of developing a range to represent the variance in cost. 

4.1 Nuclear LUEC Estimate 

 The LUEC represents the entire life-cycle cost of a given technology, divided by 

the energy generated by the technology over its lifetime. The result can be used to 

compare vastly differing technologies, with differing pay-back schedules, on a common 

scale. This is a useful comparison because the life-cycle cost includes everything from 

initial design and construction (the Total Capital Investment Cost (TCIC)), to operation, 

maintenance, fuelling, administrative overhead, and final plant decommissioning and fuel 
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disposal. The nuclear plant calculation includes fuel cycle costs for producing, enriching, 

and disposing of uranium, while the natural gas plant fuel cost is simply the cost per 

MMBtu of natural gas.  

 The LUEC expresses the result in constant dollars for a given year, or present 

value (PV). It measures the direct costs of supply, but does not measure broader 

economic societal or environmental externalities, and cannot be considered completely 

inclusive. For both the nuclear and natural gas plant, rather than representing the total 

cost of electricity supplied, the levelized cost represents the cost associated with 

producing a barrel of bitumen, since that is the object of comparison.  This value will be 

referred to as the Levelized Unit Bitumen Cost (LUBC), and is quantitatively identical to 

the LUEC, only valuing a different output.  

 

! 

LUBC = PV (TCIC)+PV (O&M Costs)+PV (Fuel Costs)

PV (Barrels Bitumen)
 

 

The LUBC equals the present value of all supply costs divided by the total amount of 

bitumen supplied, to calculate the supply cost for each individual barrel. If each barrel of 

bitumen is sold at its LUBC value, the sum of lifetime revenues would equal the lifetime 

costs incurred by the plant. Breaking down the present value calculations for each 

component cost, the LUBC formula follows: 
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! 

LUBC =

(TCIC)t + (O&M Costs)t + (Fuel Costs)t

(1+ r)t"TDt=TD

TE

#

(Barrels Bitumen)t

(1+ r)t"TDt=TO

TP

#

(TCIC)t =TCIC in year t

(O&M Costs)t =O&M Cost in year t

(Fuel Costs)t = Fuel Cost in year t

(Barrels Bitumen)t = Barrels produced in year t

r = Discount rate

TD = Date to which discounting is preformed

TP = End of plant life

TO = Start of plant operation

TE = Date of decommissioning

 

 

 The TCIC includes the spectrum of costs related to the construction of the 

complete plant, including engineering, equipment and materials, construction and 

commissioning, which includes direct and indirect costs.  Direct costs are those of 

equipment, materials and labor responsible for the fabrication and installation of 

structures, components and systems that are part of the plant (including cooling 

systems, buildings and structures, reactor components, and electrical equipment). The 

indirect costs include those associated with personnel training, management services, 

construction labor, and other infrastructure required to produce the items included in the 

direct costs. The interest accrued during financing of the construction is another 

important component in to LUBC. These figures are affected by the term of the loan, the 

annual interest rate offered by the lender, the length of construction, and the number of 

payments on the loan per year.  

 Recent data on construction costs for large projects like power plants indicate a 

increasing cost trend, making it important to only use very recent cost data in an 
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analysis. The energy research group IHS/CERA calculates a quarterly index that 

assimilates the capital costs of building wind, coal, nuclear, and gas plants.  

 

Figure 4.1 IHS/CERA Capital cost index  
 
 

 Their latest release, seen in Figure 4.1, shows an increase of 180% over the past 

eight years, with the majority of the increase occurring since 2005, largely due to a 

global increase of material costs [37]. According to this data, cost estimates given even 

a few years ago are no longer valid, and new levelized calculations are needed to 

achieve estimates that have adapted along with the changing global economy. 

4.12   Nuclear Capital Costs 

 One option for nuclear deployment in Alberta is to build a plant whose only 

product is process heat. If no nuclear cogeneration is done, some capital cost reduction 

may occur due to the elimination of electrical systems. In the MIT White paper on the 

integration of nuclear with oil sands projects, the authors estimate a 30% reduction in 

costs accrued by converting a nuclear power plant to a nuclear steam plant. This figure 

is based on a 20% reduction in plant equipment, a 7% reduction in structure and 
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construction, and avoiding 13% of owner’s and other indirect costs [25]. Another paper 

suggests that systems related to electricity production account for 26% of the total 

overnight costs of a PWR. This equipment includes the electrical switchyard, the turbine-

generator, moisture reheaters and separators, and oil lubrication systems [70]. Some of 

the systems essential for electricity production would be eliminated in a nuclear steam 

plant, but an alternate heat sink as well as large capacity steam compressors will add to 

the cost.  

 Another option for nuclear is to produce both heat and electricity, with the 

electricity either sold onto Alberta’s power grid or used internally in the SAGD process. 

All nuclear power plants can be used for cogeneration (process heat delivery and 

electricity production). Conventional power plants produce electricity by directing the 

steam they create through high and low pressure steam turbines, discharging into a 

condenser under the maximum feasible vacuum [56]. The costs in Table 4.1 are 

estimated from the SNC-Lavalin report Table for twin AP1000 reactors.   

 

Table 4.1 Cost of Turbine Generator and Compressor (2007 Canadian Dollars) 

Item Cost 

Turbine Generator $360M 

Compressor Drive Turbine $480M 

Turbine Steam Compressor $168M 

Total $1008M 

 

 Although a total cost of over $1 billion for cogeneration systems is significant, the 

estimated cost of related systems for electricity production is only $974 million [56]. Thus 

the cost increase for cogeneration abilities is $34 million, still placing cogeneration within 
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the realm of economic feasibility. These figures are indicative only, and do not account 

for every cost increase associated with cogeneration, including the necessity of 

transmission infrastructure upgrades and other essential systems needed for electricity 

production. Progress Energy recently cited a $3 billion commitment to expanding the grid 

to accommodate their planned AP1000 in Florida [68], and oil sands resources are 

isolated from any significant population center. Thus while selling electricity to the 

province is a future possibility, the analysis assumes only internal use. 

 The capital charge used in this analysis was the same as that quoted in 2008 by 

Bruce Power and Energy Alberta: $6.2 billion for a dual ACR-1000 located in Alberta 

[27]. While this charge is for an electricity-only nuclear power plant, and so does not 

represent the variations made possible by the addition and elimination of systems, the 

model allows for a range of costs, base above and below this base value. Both a 

cogeneration scenario (which includes the full cost of the reactor), and a steam-only 

plant (a 15% reduction in capital cost plus costs due to eliminating electricity production 

systems) are estimated. Also included are the costs associated with the development of 

the oilfield, where additional well pairs are required for sustaining optimum production as 

reservoirs are depleted. This cost totals $4.3 million per well pair, and assuming 100 

additional pairs are needed, means an increase of $14.4 million per year. As seen in 

Chapter 6, the option to expand includes costs for more wells, beyond that required for 

sustained production. The majority of oilfield development expenses are related to 

drilling activity. This cost, added to the capital improvement cost associated with reactor 

maintenance, equals approximately $2043 per megawatt nameplate capacity, or an 

average of $20.87 million per year [14]. 
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 Nuclear Fuel Cycle Costs 

 In order to arrive at accurate costs for uranium reactor fuel, the costs associated 

with each stage of the fuel cycle, or the processes by which natural uranium becomes 

enriched uranium fuel, must be included. The costs included in the estimate are those 

that accrue from a once-through (OT) fuel cycle, rather than a closed cycle, in which the 

plutonium-239, created via the transmutation of uranium-238, is extracted via chemical 

separation mixed with uranium oxide, re-fabricated and assembled into MOX (mixed-

oxide) fuel. While MOX fuel could be an option for a reactor in Alberta, its current limited 

application, increased costs due to the necessity of acquiring reprocessing services and 

paying for very high-level waste disposal, along with additional licensing procedures, 

make OT perspective the most realistic choice. 

 To estimate an inclusive nuclear fuel cost, all steps required, from uranium 

extraction to final disposition, must be accounted for. These steps are mining and milling 

natural uranium, conversion of the yellowcake to pure UF6 gas, storing and disposing of 

the depleted uranium (DU) byproduct, fabricating the uranium oxide into fuel, and finally 

spent nuclear fuel (SNF) transport and disposal. Although the reactor of interest, the 

ACR-1000, is of the type that typically requires no enrichment for its fuel (it uses natural 

uranium), this most recent iteration of the CANDU line uses slightly enriched uranium 

fuel, so enrichment costs cannot be eliminated. The costs for each stage of the fuel 

cycle were taken from the Advanced Fuel Cycle Cost Basis report published in 2007 by 

Idaho National Laboratory, and converted to Canadian dollars. This publication provided 

comprehensive fuel cycle data, including sensitivity analyses and possible cost ranges 

(those used in Table 4.2 are the baseline costs estimated in the Cost Basis report). 
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Table 4.2 Once-Through Fuel Cycle Costs [50] 

Fuel Cycle Stage Variable Unit Cost 

(2007$) 

Basis Unit Levelized Cost 

Mining a 100 kgU $998.41 

Conversion b 10 kgU $9.65 

Enrichment c 115 SWU $768.91 

DU Storage d 8 kgDU $65.48 

UOX Fuel 

Fabrication 

e 250 kgIHM $267.5 

SNF Transport f 84 kgIHM $65.62 

SNF Disposal g 500 kgIHM $353.86 

Total    $2529.45 

Levelized Cost   mills/kWh(e) $8.812 (= 9.34 2007$) 

 

 The levelized costs were derived by applying a present value factor (PVF1), 

calculated assuming a 7% discount rate (the standard rate taken from the literature) to 

account for the four-year lag time from natural uranium extraction to fuel assembly 

completion (variables a through e). A separate PVF (PVF2) is applied to variables f and 

g after fuel irradiation begins, to incorporate the cost effects of a low-risk (2.5% interest) 

sinking fund needed to assure funding for SNF disposal. On the revenues side, energy 

potential of the fuel is discounted by another multiplier (PVF3) similarly to PVF1, to 

discount the cost in light of the time gap between uranium purchase and irradiation. The 

sum of the levelized costs derived from the application of PVF1 and PVF2 is divided by 

the levelized generation calculated via PVF3, to arrive at the levelized cost per kW(e). 

Total kW(e) generated assumes 40 MWd(t)/kg fuel burn-up at a thermal efficiency of 

33%. A more detailed exposition of the calculations used to arrive at levelized fuel cycle 

costs, including present value factors, is shown below. 
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 Although nuclear fuel cycle costs are not known to have the greatest impact on 

overall supply cost (that distinction is owned by massive nuclear capital expenses), their 

accurate appraisal allows for a more rigorous comparison of facility types, and it is worth 

noting the relative stability of the nuclear fuel cost versus natural gas price. Since 

uranium, the commodity that comprises nuclear fuel, has such a small impact on overall 

fuel costs, its price volatility does not impart much additional uncertainty to total fuel cost. 

 Operation and Maintenance Costs 

 Operation and maintenance costs represent a significant portion of overall supply 

costs for both nuclear and natural gas. These costs include all the expenses required to 

run the plant excluding fuel, and are generally divided into fixed costs (constant and 

unaffected by production levels) and variable costs, incurred as a consequence of plant 

operation. Variable costs include wages of employees, repairs on equipment, contracted 

services, fees and inspection costs, and insurance and taxes. Electricity purchases, 
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administrative costs, and the expenditures required for the upkeep of well pairs in the 

oilfield are all included in this cost. 

 The O&M costs incurred by nuclear plants have are generally anywhere from 4-

6.5% of capital cost [22] [48]. The percentage assumed for calculated nuclear O&M 

costs is 5%. An important factor to consider in deriving supply costs for a plant in Alberta 

is the impact that the remote location will have on labor costs. The same plant built in 

Edmonton will be cheaper to operate than the one in northeast Alberta. Yet while higher-

than-average O&M assumptions are needed to account for the location effect, some cost 

reductions should be realized due to twin unit operation. Thus the nuclear O&M charge 

is set at the middle of the average range, assuming location cost increase and 

economies of scale savings balance each other.  

 Unlike capital costs, operation and maintenance costs for both nuclear and 

natural gas have seen some gradual decrease (or have held almost constant) over the 

past 13 years, seen in Figure 4.2. The majority of this reduction is attributable to 

increasing capacity factors, and the general maturing and corresponding efficiency of 

operations and procedures for maintenance.   
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Figure 4.2 U.S. O&M Costs for Nuclear and Natural Gas Electricity Production [49] 
 

4.2 Natural Gas LUEC Estimate 

 As with nuclear, the LUBC for natural gas is converted to a cost estimate per 

barrel of bitumen, rather than unit of electricity. The calculation of supply cost per barrel 

is identical to that used for nuclear, with different cost inputs. A notable difference is the 

use of a stochastic pricing model to derive potential natural gas prices, which allows a 

quantitative estimation of prices using probability distributions. Although computing a 

LUBC for nuclear steam and natural gas SAGD use different cost inputs, both estimate 

cost per barrel of bitumen assuming an identical production rate.  

4.21   Natural Gas Capital Costs 

 To estimate overnight costs for a SAGD natural gas fueled extraction facility, an 

estimate was derived from an average of the costs reported for recently announced 

projects, using the method provided by the CERI Green Bitumen study and shown in 

Table 4.3.   
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Table 4.3 Capital Cost Estimates for Athabasca SAGD Projectsa 

Project Capacity 

(bbl/day) 

Capital Cost (Million 

2007 Canadian Dollars) 

Cost per 

Barrel/day 

DEVON – Jackfish 2 35,000 $732 $20,911 

NOASC 10,000 $265 $26,500 

Connacher (Pod One) 10,000 $260 $26,000 

Connacher (Algar) 10,000 $260 $26,000 

Laricina Energy 10,000 $300 $30,000 

  Average Cost/bbl/day $25,882 
aModified from CERI, 2008 [14]. 

 

 Using the average cost per day derived from table 4.3, given the facility produces 

30,000 barrels per day, the capital cost of the natural gas plant should be approximately 

$776 million dollars. As in the case with nuclear, additional costs should be incorporated 

to represent capital improvement costs, including the increase of production to keep 

pace with design capacity.  In this hypothetical example, the assumption is that 100 

additional well pairs will be added over the lifespan of the project, at a total drilling cost 

of $14.3 million per year. As was the case with the nuclear capital estimates, the natural 

gas plant capital improvement costs must be factored in. CERI estimates a $4 million per 

year requirement for sustaining capital, bringing the total costs to approximately $1.32 

billion over the lifespan of the project [13]. 

 The Alberta Chamber of Resources issued a report citing capital charges per 

barrel “in the $3 range, with much of the capital for drilling spread over the life of the 

project” [1]. Given a 30,000 bbl/day operation running for 30 years, this would total 

approximately $985 million. The gap between this amount and the total charge 

calculated above is related to different financial assumptions and the smaller 
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construction cost, a product of using 2003 dollars. If the capital charge input was $4/bbl, 

the total cost would reach $1.31 billion, almost equivalent to $1.32 billion lifespan cost.  

 Decommissioning costs were also incorporated into total capital charge. For 

nuclear, these were estimated to be $424/kWe (in 2007 Canadian dollars). This value is 

based on the Organization for Economic Co-operation and Development’s 2003 report 

on decommissioning costs, which provides a value range for CANDU reactors [67]. 

$424/kWe represents the middle of this range. Decommissioning costs for natural gas 

plants are generally much lower than those required for nuclear, and are assumed to 

equal 2% of the total capital charge of building the plant. 

4.22 O&M Costs 

 On the natural gas side, CERI recently estimated an average fixed O&M cost 

equaling 8.8% of initial capital costs, estimating a charge of $65.37 million per year, not 

including costs to maintain wells [13]. However, other recent estimates cite an O&M ratio 

of 3.7% to capital [23], lower estimates of 2.09% [26] and 2.16% [15] of capital, up to 

10.47% [24]. A mid-range figure of fixed O&M costs equaling 6% of initial capital 

investments was selected for natural gas. A variable $5 charge per barrel of produced 

bitumen was also applied, to cover to expenses associated with well maintenance, a 

figure taken from the “Green Bitumen” CERI report.  

 Although the historical O&M gas input is significantly lower than that required for 

nuclear, the assumptions made in the model, including different valuation metrics 

(barrels of bitumen versus megawatt hours) and slightly higher initial natural gas-related 

O&M costs (6.5% of gas capital versus 5% of nuclear capital), results in a similar O&M 

expenditure for both types of plants. 
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4.23 Stochastic Natural Gas Pricing Model  

 Due to the volatility of the natural gas market (reviewed in Section 2.12) and the 

importance of this input to the cost model, a more rigorous estimate of potential prices 

possible during the 30-year lifespan of the plant was attempted. Using @Risk software, 

future prices are calculated based on the theory of mean reversion, which indicates that 

in the long run, the price of a commodity is tied to its long-run marginal production cost 

[42]. While short-term fluctuations will occur, the price tends to revert to a long-run 

equilibrium, following a geometric mean-reverting process of the Ornstein-Uhlenbeck 

type [53]. The underlying assumption is that energy prices are not a “random walk,” that 

they display observable trends [31]. 

 While mean reversion is the trend, price spikes are expected, and included in the 

model. The smooth variation expected in price is accounted for by the mean reversion 

process, while the inevitable jumps are represented by the discrete Poisson process. 

This formulation thus accounts from price diffusion and unpredictable price spikes, with 

respect to a deterministic trend. The Poisson distribution is discrete, returning only 

integer values greater than or equal to zero. In the mean reversion formulation, if Pt 

equals the expected gas price ($/MMBtu) in year t, then:  

! 

Pt =max Pmin, Pt"1+#(P* "Pt"1)+$%t[ ] 1+&( )
t{ }

Pmin = price floor ($2 /MMBtu)

P
* =mean reversion price ($5.30 /MMBtu)

# = rate of reversion (1 year)
$ = price volatility (.36)

& = price drift (0.5%/ year)

% = normally distributed random var iable
(Mean = 0, std dev =1)
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 A minimum price floor of $2/MMBtu (the long-term minimum calculated from 

historical data) was included to keep the estimated value above a certain level, to avoid 

improbable prices [34]. The values assumed are based on those assumed for estimating 

the oil price in similar analyses, altered to reflect the different contextual circumstances 

of natural gas. The price volatility value assumes a 36% fluctuation in price, the standard 

deviation of prices from 2000-2009. The rate of reversion is the speed at which the price 

moves back toward the mean price. This rate is set at 1, meaning that any jumps revert 

back toward the mean level in one year [40]. The mean was assumed to be $5.30/bbl, 

the average natural gas price from 2000-2009 [62]. The random variable was drawn 

from a normal distribution, with parameters set to allow the variable to realistically 

represent the price uncertainty.  

 While long-term mean values, rate of reversion, and volatility, could be 

determined from price data, the movement of these variables was also modeled 

stochastically, since past trends cannot be expected to exactly mirror those of the future. 

Each variable was assigned a normal distribution based on historical price data. The drift 

term represents the long-term movement of the commodity price, and is taken from 

previous estimations [19]. 

 When including the jump variable, a maximum price ceiling of $15/MMBtu is 

incorporated, to keep the price spike within acceptable bounds given historical levels. 

The lambda frequency variable (or mean of the Poisson distribution) is set at .5, which 

allows the dominant return to be 0, punctuated by infrequent returns of 1 or 2, seen in 

Figure 4.3. As is done in similar formulations in the literature, these returns are then 

multiplied by the historical mean jump value. The formulation now incorporates the 

Poisson process: 
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! 

Pt =max Pmin, Pt"1+#(P* "Pt"1)+$%t + (P*&t )[ ] 1+'( )
t{ }

&t = Poisson term ( frequency of .25)

 

 

Figure 4.3 Return Frequency for the Discrete Poisson Distribution; Lambda = .25 
 
 

 By applying the Poisson process, discrete jumps are independently and 

identically distributed exponential random variables occurring throughout time. A set of 

future gas prices is generated over a 30-year horizon for each Monte Carlo iteration. For 

comparison, a second stochastic pricing scheme, using the Geometric Brownian Motion 

(GBM) method, was included. Some analysts believe the GBM process more accurately 

represents energy commodities, given recent trajectories of oil and gas prices [29]. The 

GBM model is commonly applied to commodity valuation, due to its computational 

simplicity and minimal variables [35]. It represents an extension of the Black-Scholes 

model, a seminal development in financial modeling theory, which allowed price to follow 

a GBM, with a constant drift and volatility. Unlike mean reversion, it assumes that prices 

follow a random walk, that at any moment they are equally likely to move up or down. 

The formulation for this process is as follows: 
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! 

Pt = Pt"1+# $+%&t

% = drift (0.5%/ year)

# = volatility

&t = time change

$ (Wiener process) = N(0,1) &t

N(0,1) = normal distribution

 

 While in the traditional model volatility and drift are constant, they are made 

stochastic in this model, in light of the recent price spikes, and in service to the 

assumption that past price fluctuation may not represent future volatility. These terms 

were assigned normal distribution in the same way as those of the mean reversion 

model. The epsilon variable represents the Weiner increment, which allows the amount 

by which the value changes to be normally distributed. A sample path of the two 

stochastic processes applied to natural gas price is shown in Figure 4.4. 

 

 

Figure 4.4 Sample path taken by GBM and Jump Processes 

 

 After being incorporated into a fully stochastic model, a probabilistic range of 

costs can be derived for each project method. Figure 5.10, found in Chapter 5, illustrates 

the impact of both GBM and MR on the variance of overall recovery cost.  
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4.24 Electricity-related Costs 

 Another fuel impact required for a natural gas-fired SAGD production plant is the 

electricity required to power the facility. This input totals approximately 300 MW/day for a 

30,000 bbl/day plant, a figure taken from CERI’s “Green Bitumen” report [13], and similar 

to that used in the MIT “White Paper” [25] The recent trend in Alberta’s deregulated 

energy market is one of marked increase and fluctuation in electricity prices, seen in 

Figure 4.5.  

 

 

Figure 4.5 Recent Price Trend for Electricity in Alberta [28] 
 

 Although this data includes prices for residential, industrial, and commercial 

costumers, it is indicative of the general price movement. In the absence of recent data 

on Albertan industrial electricity prices, the price in this analysis is set at $72.61/MWh, 

the 2007 average for industrial rates in Ontario, a province for which data is available. 

Alberta is allegedly the only province to feature higher average rates [4]. The rate 

equates to an addition of approximately 80 cents per barrel bitumen, and is incorporated 

into the O&M costs of the plant, so that natural gas fuel is kept in a separate category for 

analysis. Including emissions charges incurred by the production of this electricity adds 
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another 98 cents/bbl. This charge would also be applied to a steam-only nuclear plant, 

since this operation would necessitate the purchase of electricity from a carbon-emitting 

source. 

4.3 Scenario Analysis 

 Due to the risk contained in the decision to proceed with constructing a nuclear 

or natural gas plant, a static discounted cost model may not accurately represent actual 

costs, and they may be very different from expectations. By changing the values of 

variables according to favorable or unfavorable outcomes, the impact of each input 

becomes visible, and the investor gets a better sense of possible outcomes [21]. If 

everything occurs as it would in a perfect world, a best case scenario applies, and if 

unfavorable conditions prevail, then a worst case scenario prevails. Each input 

contributing to the total supply cost is given a worst, best, and baseline state value, and 

costs are estimated with those values. In determining the LUBC for nuclear and natural 

gas, potential scenarios are calculated using DPL Decision Analysis software, where 

worst case and best case are given a 25% probability, while baseline is assigned a 50% 

chance. These probabilities are taken from a baseline assumption of ignorance 

regarding value outcome, to get a sense of the range of results. They are later varied to 

assess value sensitivity. DPL allows for the construction of decision trees, via which 

expected values and optimal decision policies can be inferred. The ranges of values 

used in this “what if” analysis are displayed in Table 4.4, and results are shown in Table 

5.3. This scenario-based variation in price and cost becomes again relevant in 

calculating options values with DPL, as described in Chapter 6. 
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4.4 Monte Carlo Simulation 

 In addition to deterministic estimates produced by the discounted cost model and 

point-value “what if” scenarios, further analysis using probability distributions allows for a 

more complete range to be estimated. Instead of remaining static or being varied by 

single-point percentages, variable values are now drawn randomly from a distribution 

using the Monte Carlo method, given a specified mean and standard deviation. The 

uncertainty contained within each component of the LUBC model is thus propogated. 

Instead of several discrete scenarios produced by “what if analysis,” thousands of 

possible outcomes converge on a better estimation. The results show the probabilities 

associated with a range of outcomes.  

 An important and challenging component of accurate Monte Carlo analysis is 

assigning appropriate probability distributions for variables. Since historical or cross-

sectional cost data is not available for nuclear steam generation plants, and difficult to 

acquire for SAGD gas plants, normal distributions were applied to significant inputs 

(significance being illuminated by relative variable impact in deterministic analysis) [9]. 

Mean values and standard deviations are approximated from the literature, with the 

mean being the same as the baseline value used in the deterministic analysis. To 

estimate natural gas price, the mean reversion stochastic model with a jump parameter, 

detailed in Section 4.23, was employed, as the best estimator for future prices of 

commodities known to experience volatility [31]. After 5000 iterations using @Risk 

software, results were generated and are described in Section 5.2.  
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4.5 Summary of Financial and Technical Assumptions for Nuclear and 

Natural Gas Steam Plants 

 Table 4.4 reiterates the relevant inputs for deriving a supply cost for both a 

nuclear powered and natural gas fueled SAGD bitumen production plant. Where the 

units are listed in dollar terms, those are 2007 Canadian dollars. While some nuclear 

inputs are measured in megawatt electric or megawatt-hours, those values are 

converted first to cost per gigajoule (GJ) and finally cost per barrel bitumen, to achieve a 

basic consistency between the two energy sources. Natural gas steam heat is measured 

in millions of BTUs, which are then converted to GJs. Thus while the production capacity 

of an ACR-1000 is greater than 30,000/day, the model assumes that the production will 

be capped at this point (unless the option to expand is taken).  

 Several costs are implicitly linked to each other, to account for the direct 

relationship between inputs. As the SOR level increases, the amount of fuel required 

increases as well, and O&M and decommissioning costs, which are defined as 

percentages of capital, fluctuate along with the capital charge. The sources for each cost 

input are identified is respective component sections in Chapter 4. 
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Table 4.4. Input Factors for LUBC Analysis of Nuclear and Natural Gas SAGD 

Input Factors Basis Unit Nuclear Baseline  

ACR-1000 (Range) 

NG Baseline 

(Range) 

Net Output MW(e) – nuclear 

bbl/day - gas 

2170 30,000 

Capacity Factor % 95 100 

Capital Cost $Million Steam: 4960 (4340-6200) 

Cogen: 7200 (5650-8750) 

776 (582-970) 

Capital 

Improvements 

$/MWe – nuclear 

$M/year – NG  

2043 (1532-2553) 18.4 (13.8-23) 

Decommissioning  $Million/year 14.3 (10.7-17.8) 1.02 (.765-

1.275) 

Fuel Costs $/MWh – nuclear 

$/MMBtu – gas 

9.34 (7.0-11.67) 5.30 (3-9) 

O&M Costs $/MWh – nuclear 

$Million/year 

Steam: 13.05 (11.42-16.31) 

Cogen: 13.85 (10.38-17.31) 

46.56 (34.92-

58.2) 

SOR bbl 2.5 (2.5-4) 2.5 (2.5-4) 

Interest During 

Construction 

% 8 8 

Interest Rate % 6 6 

Inflation Rate %/year 2.2 2.2 

Taxes % 30 30 

 

 Several additional inputs were also used to support the natural gas side of the 

LUEC model, specifically the carbon emissions output and associated cost, which is also 

expounded on in Section 2.1. For steam-only nuclear plants as well as natural gas 

plants, the cost of purchasing the necessary electricity, plus possible emissions costs, 

were included. Potential costs of emitting GHGs, along with amount of carbon emitted 



 52 

per unit of energy were taken from recent US Department of Energy and United Nations 

Report [38] [64] [65]. These values are detailed in the following table and equation. 

 

Table 4.5. Emissions-related Variables for Calculating Compliance Cost 

Input Factors Basis Unit Value 

Fuel Required (a) GJ/bbl 1.07 

Electricity Required (b) MWh/day 300 

CO2 Emission (c), (e) kg/GJ, t/MWh 51.40, .718 

CO2 Compliance Cost (d) $/metric ton  0-127 

 

! 

Emissions Cost =
(a"bbl / year" c" d)

1000
t=0

30

# + (b" e) 

 

 The estimate of potential CO2 compliance cost is conservative, and many higher 

estimates have been quoted. Assuming an emissions tax is employed, the baseline used 

in this model, taken from the UN’s IPCC is $44.5/t. The cost is also expected to rise 

along with the value escalation of currency, and this factor is accounted for in the model 

[38]. The range explored in this model is $0-127/t, incorporating the standard deviation 

reported by the IPCC. Both facility types are assigned the emissions cost generated by 

the electricity requirement, where cogeneration plants are assigned zero emissions cost. 

 Finally, a small fast neutron reactor was also included in the model for 

comparison. The model selected is the 108 GJ (30 MW(e)) Toshiba 4S, a “nuclear 

battery” design, which requires minimal O&M costs. It is constructed in a sealed vault, 

with no refueling over its 30-year lifespan [66]. Given the small size of this reactor, at 
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least 4 units would be needed for a 30,000 bbl/day project. The costs associated with 

this reactor were taken from the Green Bitumen study, and appear in Table 4.6. 

Financial assumptions were the same as those used for the ACR-1000, except 2 years 

of construction time, the length quoted by CERA [14]. 

 

Table 4.6 Toshiba 4S Costs [14] 

Input Factor Basis Unit 4S Baseline (one unit) 

Capital Costs $million $23.819 

O&M Costs $/MWh $.53 

Capital Improvements $Million/year $1.28 

Decommissioning 

Costs 

$MWh $51 

Fuel Cycle Costs $MWh $9.34 

 

  Unlike the ACR, the 4S does not use heavy water as its moderator (it is liquid 

metal cooled), and since its design is foreign to the Canadian Nuclear Safety 

Commission, its regulatory approval in Canada may be protracted. 



 54 

Chapter 5. LUBC Results and Sensitivity Analysis 

 

 The LUBC models aim to quantify possible cost outcomes and to identify the 

impact of each significant input. This sensitivity analysis is done by varying the range of 

input values over many iterations given specific probability distributions through Monte 

Carlo Analysis, by stressing the upper or lower range of the values, and by building 

tornado diagrams by altering the static value of the variable. The goal is to understand 

the possible deviations from the baseline values produced by the LUBC models. 

5.1 Static Supply Costs  

 Without varying the inputs, the total supply costs for a barrel of bitumen, 

extracted by steam produced by nuclear fission or natural gas combustion, are broken 

down in Table 5.1, which includes nuclear steam-only and cogeneration of steam and 

electricity. 

 

Table 5.1 LUBC Supply Costs 

Component ACR-1000 ($/bbl) Natural Gas ($/bbl) 

Capital 19.25 10.23 

O&M 
11.20

! 

 
12.41 

Fuel 4.46 6.99 

Total 34.92 (steam) 29.62 

Emissions .98 3.95 

Total 35.9 (nuclear); 37.77 (cogen) 33.57 
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 The cost breakdowns for each technology are seen in Figure 5.1. As is expected, 

the capital costs have the greatest impact on total costs for the ACR-1000, while 

operation and fuel costs have a comparable impact in the natural gas case. The 

cogeneration option for the ACR-1000 will be examined more fully in the next section.  

 

 

Figure 5.1 LUBC Distribution for the ACR-1000, 4S, and NG plant 

  

 These results are benchmarked against those cited in the literature review in 

Chapter 3. Differences are mainly attributable to alternate assumptions in calculating 

capital cost financing, different discount rates, old fuel cycle cost estimates or differing 

natural gas price figures, and varying methods of calculating the O&M costs.  Where the 

totals are different, the ratios for each cost component may be similar. A comparison of 

inputs for the steam-only ACR and a natural gas plant is given in Table 5.2. The percent 
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different between the estimates found in the literature and those calculate in this report is 

shown in parentheses next to the component percentage. The 4S is not included, but the 

estimate closely follows that reached in the “Green Bitumen” report. 

  

Table 5.2 Comparison of Baseline Results 

ACR-1000  Capital 

(difference) 

O&M 

(difference) 

Fuel 

(difference) 

Rationale 

SNC-Lavalin 

- 2007 

68% (+8%) 22%  (-6%) 10%  (-2%)  Higher initial capital cost, 

lower fuel cycle costs  

CERI – 2003 67% (+7%) 33% (+5%) - Fuel included in capital  

CERI - 2008 56% (-4%) 24%  (-4%) 20%  (+8%) Higher fuel cycle costs 

MIT - 2007 No supply cost breakdown, but similar break-even NG price for nuclear 

to be competitive with natural gas plant. 

Natural Gas     

OSTR - 2003 29% (-6%)     33%     

(-8%) 

38% (+14%) Each component has a 

slightly different cost 

CERI - 2003 9%   (-26%) 3%    (-38%) 88% (+66%) Much lower capital and 

O&M charge  

CERI - 2008 36% (+1%) 42% (+1%) 22%    (-2%) Very similar estimate. 

  

 The methodology was benchmarked by plugging supply cost assumptions from 

other reports into the model, shown in Figure 5.2. As can be clearly seen, these results 

are quite similar to those estimated by CERI and the Canadian consulting firm SNC-

Lavalin. Slight differences are the result of varied financial assumptions, differing 

capacity percentages, and different lifespan estimates. 
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Figure 5.2 Benchmarking Results 
 

 Applying potential carbon emissions compliance charges produces bitumen 

supply costs that make nuclear more competitive with natural gas. This comparison is 

displayed in Figure 5.3. Given the assumptions stated in Table 4.4, including an 

emissions tax of $44.5/t of carbon raises the cost by $3.95/bbl for natural gas. While 

ACR-1000 production remains more expensive, this estimate relies on a natural gas 

price of $5.30/MMBtu, which may be unrealistically low. 
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Figure 5.3 Comparison of Costs 
 

 As is evidence from Figure 5.3, the supply cost from the 4S reactor 

uncompetitive with other sources. Because the available cost data for this reactor is 

highly speculative and its design is unproven the 4S will not be considered further, yet it 

is well suited for remote deployment and requires little maintenance, its application in 

smaller projects may be more feasible, as would its potential for electricity generation in 

small markets.  

 Given the high level of uncertainty inherent in several critical variables, a static 

estimate of supply cost is not sufficient. Analyses focusing on the effects of varying 

capital, fuel and O&M costs, as well effects of the stochastic price model, follow. 

5.2 LUBC Sensitivity Analysis 

 The sensitivity and uncertainty analysis vary inputs over specific ranges as well 

as assigning probability distributions and running simulations to determine more precise 

estimates. Figure 5.4 illustrates the affect of varying the natural gas price; the nuclear 



 59 

option becomes attractive as natural gas price rises. Including emissions costs strongly 

effects the breakeven costs for each technology. Low emissions costs represent the 

baseline charge of $44.5/t carbon, although they are varied from a low of $0 to a high of 

$172/t, the probably range reported by the IPCC. The gradual increase in supply cost as 

emissions cost increases in shown in Figure 5.5. 

 

Figure 5.4 Escalating Natural Gas Input 
 

  

 A steam-only nuclear-to-natural gas breakeven natural gas price of $6.31/MMBtu 

(including the nominal emissions charge) and $9.31/MMBtu (without emissions 

compliance) is seen. Inputs of $9.22/MMBtu and $12.22/MMBtu equal bitumen supply 

costs of a nuclear plant with cogeneration. An important realization is that even if, as 

shale gas advocates believe, the massive recoverable natural gas resource in the United 

States keeps prices low, if emissions charges are high, nuclear would still remain 

economically competitive. The total supply cost generated by a natural gas plant is also 

very sensitive to emissions cost. Figure 5.5 depicts the impact of an increase in this 
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charge. As is shown in Figures 5.4-5.5, uncertainties surrounding natural gas price and 

emissions cost can significantly increase the risk of deploying this type of plant. 

 

 

Figure 5.5 Emissions Cost Impact 
 
 

 Tornado diagrams help give a sense of the significance of the impact of a variety 

of variables. To determine its relative impact, only one event is varied at a time, while all 

others are held to their nominal states. These specific impacts are represented in Figure 

5.6, which compares the sensitivity of chance events from the perspective of the initial 

decision (nuclear steam, natural gas, or nuclear cogeneration). Cost ranges are defined 

in Table 4.4 in Chapter 4. This diagram shows the range of influence of each input for 

each decision alternative, which allows the full bearing of each cost to be more 

accurately represented. 
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Figure 5.6 Variable Impact on Initial Options 
 

 When emissions compliance costs up to $172/t carbon are included, this charge 

is seen to dominate the estimation for natural gas, producing an approximate $16/bbl 

increase in recovery cost. Capital cost has the greatest impact on the two nuclear 

options, followed by O&M and fuel cycle costs.  Another way to represent cost variation 

associated with each plant choice is by estimating the risk profile of each decision, 

determining the breadth of uncertainty associated with the nuclear and natural gas plant 

supply costs. This spread indicates the associated risk of the decision, shown in Figures 

5.7, where the distributions represent the range of outcomes values given a particular 

decision. In this Figure, the cost spreads possible for nuclear steam, natural gas SAGD, 

and nuclear cogeneration are included.   
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Figure 5.7 Decision Risk Profiles 
 
 

 Greater risk is inherent in the decision to deploy the natural gas plant, due to the 

uncertainty underlying the natural gas price and emissions tax. There is an approximate 

20% chance that natural gas produced bitumen will cost more than that produced by a 

nuclear steam plant, and approximately 5% chance that it will be more expensive than a 

nuclear cogeneration plant. Another way to look at this variation of outcomes is by 

modeling the probability density of the alternatives using Monte Carlo simulation. 

 

Figure 5.8 Outcome Probability Distributions 
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 These probability densities emerge after taking values for significant variables 

randomly from pre-assigned probability distributions and recalculating supply cost 

outcomes over many iterations, as described in Section 4.3. When incorporating 

emissions charges, the uncertainty in natural gas costs is greater than that of nuclear, 

although the estimated mean for NG is slightly larger (see Table 5.3). 

 As discussed in Section 4.23, the natural gas price fluctuation over time is 

potentially a critical factor in the economics of the SAGD plant, and a key factor in the 

uncertainty in the analysis. Shown in Figure 5.9, a Mean Reversion (MR) with Jumps 

results in a leptokurtic distribution with a higher mean and much smaller spread than that 

produced by Geometric Brownian Motion, assuming no emissions cost. Averaging the 

two distributions, applying stochastic pricing to a static model results in an overall natural 

gas bitumen supply cost from $33.31 to $37.94, an uncertainty of almost $6/bbl. Using 

MR, an additional 10% uncertainty is embedded in the model, while GBM imparts and 

additional uncertainty of 17.5%. As previously noted, MR with a jump parameter is 

accepted as a more accurate estimator for similar commodities, and the theory of 

stochastic commodity pricing improves on the simple three scenario pricing method.  

 

Figure 5.9 Supply Costs with Natural Gas Stochastic Modeling – No Emissions 
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 The range of results produced by this “fully stochastic” model is more realistic in 

that it comprehensively accounts for input uncertainty in a thorough way. The trend of 

value outputs for natural gas – with and without emissions charge – is seen in Figure 

5.10, which displays both pricing models. 

 

Figure 5.10 Summary Trend of Natural Gas Supply Costs 
 
 

 The variety of analytic methods used to estimate total supply cost allow a more 

complete understanding of the range of possible outcomes. Although total supply costs 

originating from a natural gas plant could be lower than those from a steam-only nuclear 

plant, these results suggest that under certain conditions nuclear is competitive.  

5.21 Summary of Sensitivity Estimates 

 By estimating costs using discounted cost flows, probabilistic expected value 

calculations, stochastic price examinations, and Monte Carlo simulations, a range of 

outcomes were produced, and summarized in Table 5.3. 
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Table 5.3 Summary of Supply Cost Results 

 Nuclear 

Steam 

($/bbl) 

Nuclear 

Steam + 

Emissions 

Nuclear 

Cogen 

Natural 

Gas 

NG + 

Emissions 

What-if 34.91 36.35 37.77 29.76 35.55 

Monte Carlo 34.91 36.01 37.80 29.62 35.77 

Monte Carlo with 

Stochastic Pricing 

- - - 30.01 36.17 

Static 34.92 35.90 37.77 29.62 33.57 

Stochastic 

Range (+/- 1 SD) 

30.1-

39.74 

31.18-

40.98 

32.23-

43.31 

19.85-

39.7 

30.58-

39.94 

 

 The results calculated by the Monte Carlo model with stochastic pricing for 

natural gas stand as the final estimate for comparison. Steam-only nuclear produces a 

lower supply cost assuming emissions compliance enforcement. In other situations 

natural gas is economically preferable, but nuclear remains competitive depending on 

the state of critical input costs.  

 By producing a thorough estimate of bitumen production costs, the options value 

can be calculated accurately. The stochastic range indicates the mean (calculated by the 

probabilistic assessment using Monte Carlo simulation). This range represents the asset 

value variability applied to the options valuation conducted in Chapter 6, and the upper 

and lower 10% cost probabilities are shown in Table 5.4, along with the mean estimate. 
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Table 5.4 Summary of Probabilistic Supply Cost Results by Component 

 O&M ($/barrel) Emissions Charge Capital Cost Fuel Cost 

Natural 

Gas 

SAGD 

Low 10%: $9.70 

Mid 50%: 12.40 

High 10%: $15.00 

L10%: $1.25 

M50%: $3.95 

H10%: 11.50 

L10%: $9.13 

M50%: $10.23 

H10%: $11.35 

L10%: $3 

M50%: $5.30 

H10%: $12 

Nuclear 

Steam 

Low 10%: $7.80 

Mid 50%: $11.20 

High 10%: $14.50 

L10%: $.14 

M50%: $.98 

H10%: $1.79 

L10%: $18.30 

M50%: $19.25 

H10%: $19.98 

L10%: $2.10 

M50%: $4.46 

H10%: $6.80 

 

 Uncertainties are fundamental to this analysis, and even sensitivity studies of 

discounted cash flows (DCF) using multiple simulations of cost variations cannot 

completely capture the costs and benefits ingrained in an investment decision. Applying 

the techniques of financial put and call options to this capital budget decision allows an 

analysis that incorporates the flexibility available to the investor. This method accounts 

for the evolution in risk over the life of the project, where as new information becomes 

available, the investor can alter course. Real options valuation is explored in Chapter 6, 

and represents a more inclusive view of the SAGD decision in Alberta.  

 



 67 

Chapter 6.   Real Options Valuation 

 

 Real options valuation is a decision technique for firms assessing strategic 

investments that embody some degree of project flexibility. It improves on DCF analysis 

in that it includes the possibility to make changes to the project after an investment is 

made. By incorporating the value of inherent flexibility, or the ability to alter plans as new 

information becomes available, the estimated value of the project is increased. An 

investor’s decision-making process is not static but dynamic, and real options analysis 

better incorporates this fact than DCF methods. Thus even projects with negative NPVs 

contain some value in the prospect that conditions could eventually change in the 

investor’s favor, so the option to initiate the project should be purchased [20]. 

 Real options analysis (ROA) is derived from the put and call options of finance, 

where an investor can purchase an option on a stock based on the belief that the stock 

price will rise or fall in the future. The value of this option is computed by subtracting its 

price from its current value, given an expected volatility of these values. Thus the 

uncertainty in the value of the asset is modeled over time as a stochastic process, in the 

classical formula as a function of the cumulative normal distribution. Applying these 

techniques to capital valuations can help capture an estimate of the option to expand, 

delay, or abandon a project.  

  For this report, ROA is applied to the development, construction, and expansion 

phases of the project. The options to embark on a preliminary site selection and 

licensing phase, and subsequently to construct the plant are valued for both nuclear and 

natural gas. Once the project is operational, the option to expand bitumen production by 

installing new capacity and modifying the plant is assessed. Nuclear or natural gas 
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options values are compared using DPL software, given the volatilities of natural gas 

price, emissions compliance charge, bitumen price, and nuclear capital cost. The goal of 

this analysis is the creation of a more life-like model that accounts for the evolution of the 

decision-making process through time, where continuous “off-ramps” become available 

to investors.  

6.1 Model Formulation 

 The ROA model was built incorporating four basic options: an initial decision to 

pursue nuclear or natural gas SAGD, the decision to proceed with site selection and 

licensing, the possibility to switch between the technologies, and the decision to commit 

to plant construction. Each option is conditioned based on the information available at 

the time, and the value of the ROA approach in this case is predominantly the ability to 

alter the commitment to nuclear or natural gas based on new information, and the ability 

to delay construction until the investor knows more about future commodity prices. Each 

option also bears a cost if undertaken and its underlying value is the expected value of 

the subsequent option, with the final “construct” option value equaling the plant value.  

 The advantage of structuring a ROA model using a decision tree for predictive 

modeling is that it allows the incorporation of sequential actions contingent on uncertain 

variables, illuminating future operating strategy rather than a single expected value. The 

initial decision of nuclear or natural gas can only be optimal if all subsequent decisions 

are optimal. Thus determining the optimal initial decision occurs by starting at the end of 

the tree, calculating the expected value at each option by multiplying all expected values 

calculated at previous nodes in the tree by their conditional probabilities, and summing 

these up. By examining each decision branch representing an individual option in the 
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tree, the expected value for each decision can be derived using the real options 

approach [69]. 

 The following list summarizes the costs and values associated with each option: 

 

 Option 1: Nuclear or Natural Gas?  

 This option incorporates the least amount of information, and is the least 

expensive to pursue. It is influenced by the natural gas price and bitumen price, both of 

which experience an initial up or down movement, with an associated probability. This 

decision is also based on the capital and supply costs related to each fuel type, as 

estimated in the LUBC model. The cost of this option is estimated as $45 million, or one 

year of a mineral lease in Alberta, at a value of 12.5% of the reserve value. The value of 

this option is the expected value of Option 2, conditioned by the initial selection of either 

nuclear or natural gas. Each option is conditioned by the present value of the 

subsequent option because this represents the value retaining the asset as opposed to 

abandoning the project. 

 

 Option 2: Proceed with Site Selection and Licensing? 

 The option to proceed with site selection and licensing (SSL) represents the first 

“off ramp” for the investor. Like Option 1, it is also influenced by the natural gas price 

and bitumen price, which fluctuate based on the process described in the next section. 

The cost of proceeding with this option is equivalent to 5 years of a mineral lease in 

Alberta, plus the costs associated with SSL and the costs incurred by the preceding 

option. If this option is not taken, the only costs incurred would be the $45 Million spent 

by proceeding with Option 1, but none of the expected value would be accrued, which is 



 70 

taken as the value of Option 3. The costs for SSL are taken from the literature, estimated 

to be $100 Million for nuclear and $50 Million for natural gas SAGD. 

 

 Option 3: Switch Plant Type? 

 This option is conditioned on the natural gas and bitumen prices from the 

previous options, as well as emissions policy. The emissions charge only occurs at this 

point in the model because the initial option assumes the status quo of no tax, assuming 

a large amount of time required to deploy this charge at a country or global scale. While 

switching may be an attractive option depending on the course of commodity prices and 

emissions policy, there is a cost incurred by switching. Since this cost has not been 

documented or estimated in the literature, it is assumed to be 5% of the capital cost of 

investment, plus the costs incurred in the previous options. This cost represents the time 

cost and expense related to altering the license application, reworking contracts, and 

possibly reconfiguring the construction site to allow for more appropriate plant 

placement. The value of this option is taken as the expected value of Option 4. 

 

 Option 4: Construct Plant? 

 The final commitment to construct the plant is represented by Option 4, which is 

influenced by all previous commodity price movements, the initial emissions policy and 

subsequent change (described in Section 6.2), the emissions charge levied, as well as 

the supply and capital costs estimated by applying Monte Carlo simulation to the LUBC 

model. Depending on the fuel selected, the cost to construct equals the discounted 

capital cost plus the costs incurred by previous options, while the value is the net 

present value estimated for the plant over its lifetime. If construction is not pursued and 
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the plans are abandoned, the costs are those derived for pursuit of the previous three 

options. Figure 6.1 illustrates the basic model structure in decision tree format.  

 

 

  
 

Figure 6.1 Decision Tree Structure 
 

Here green chance nodes influence yellow decision nodes, impacting the final value of 

the model with built-in options. 

6.2 Conditioning Value 

 A complication in the model is defining the movement of commodity or other 

prices throughout several discrete time periods. The direction of a price is dependant on 

the direction that price has taken in the past, and a method needs to be derived which 

systematically reflects this trend. Additionally the price of one commodity may impact the 
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price of another, if there is a historical correlation between the two. This is the case here, 

as the price of natural gas and oil bear a significant correlation. 

6.21 Estimating the Price Movements of Oil and Natural Gas 

 Using historical data for the annual average price of bitumen and natural gas and 

applying a generalization of the mean reversion stochastic price model developed in 

Section 4.23, probabilities for the price movement for both commodities can be 

estimated. The methodology for this estimation is taken from Dyer and Hahn, who 

developed a similar options model comparing oil and natural gas for an industrial 

application [33]. Using the principles of node estimation in a binominal lattice or tree, but 

substituting a mean reversion model for the Geometric Brownian Motion model generally 

applied in a binomial sequence, the amount of price change for commodity X is 

parameterized as: 

! 

Xt
+

= X + "t# (upmove)

Xt
$

= X $ "t# (downmove)

# = variance

t = time period

 

 Following Dyer, the probabilities associated with a joint price diffusion process 

can be estimated for two correlated commodities, from which the conditional probabilities 

of subsequent up and down price movements are derived by applying Bayes’ Rule. The 

probabilities are determined using the variables defined in Section 4.23, including 

commodity price drift, process variance, volatility, the long-term mean, and the mean 

reversion coefficient. The application of the marginal and conditional probabilities in a 

decision tree is shown in Figure 6.2. 
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Figure 6.2 Marginal and Conditional Probabilities of Commodity Price Movement  
Image Source: Dyer and Hahn 

 
 

  Dyer’s formulation allows a systematic estimation of both the probabilities 

related to price movement in a given period (up or down) as well as the amount of 

change that can be expected based on historical data. The probabilities and price 

increments calculated were input into the decision tree chance nodes. 

6.3 Real Options Analysis Results 

 The model can be run making built-in options available, or it can be run with 

individual or all options disabled. The expected values of the model with built-in options 

and the model with no options, as well as the distribution of risk given a range of value 

outcomes are readily comparable. Figures 6.6 and 6.7 illustrate the risk profiles of these 

two models, including the cumulative probabilities of value outcomes.  

 The range of expected values for the model without options includes a 10% 

probability of values at or below zero and a 50% chance of an expected value of $4.51 

billion. The expected value of the model with options is $4.72 billion, and is truncated 

just below zero, representing the ability to abandon the plant and incur only the losses 

associated with taking the previous options.  
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Figure 6.3 Risk Profile of the Controlled Model with No Options Available 
 

 

Figure 6.4 Risk Profile of the Model with Built-In Options 
 

 The formulation with built-in options represents a more realistic approach to 

modeling the decision-making process, as well as estimating financial risk and expected 

value. The overall values of each model (with built-in options, without options, without 

switching, and without abandoning) are illustrated in the two graphs of Figure 6.5.  
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Figure 6.5 Cumulative and Relative Options Values Above Model without Options 
 

 The individual values shown in the right graph are the difference between the 

value of the model with all options available and the value of the model with each 

particular option controlled. Rather than representing an expected payoff at the end of 

the project, these values are indicative of what the investor would pay to have each 

option available. The option to switch fuel type is the most valuable, and is the option 

most often taken in the model. Its value is a result of the fact that this option determines 

the ultimate investment cost confronted in the final option. It reflects the only opportunity 

to move from natural gas to nuclear given the information revealed in the first two 

periods and driven by natural gas price and emissions policy impact.  

 Although they range in  certainty and strength of data, all results in this report are 

based on the assumptions used in their calculation. Because the switching option is so 

valuable relative to the other options in the model, and because its underlying costs are 

so speculative, a closer look at the assumptions surrounding it was taken. Both the cost 

of switching (assumed to be 5% of the capital cost of the facility) and the cost of 

retaining the option to switch (all costs preceeding the switching option; not the actual 

switching itself, but the ability to switch given new information becoming available) were 

varied to assess the sensitivity of this option. Figure 6.6 depicts the impact on expected 
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value of increasing the cost to switch fuel type, while Figure 6.7 depicts the impact of 

varying the costs associated with retaining this option. 

 

Figure 6.6 Expected Value and Switching Cost 

 

 
 

Figure 6.7 Expected Value and the Cost of Retaining the Switching Option 
 

 As is evident from Figure 6.6, increasing the switching cost causes the expected 

value of the project to decrease. However, even a significant increase does not reduce 

the project value to such a degree that it is no longer advantageous to have this option 
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available. The model with integrated options and a switching cost of 25% of capital is still 

worth over $150 million more than the model without a switching option. Varying the cost 

of retaining the option to switch has a similar effect, shown in Figure 6.7. While 

increasing this cost has a more significant impact on the expected value of the project 

than varying the switching cost itself, even if it is increased 25%, the model with built-in 

options has a greater value than the model without any options available. 

 

6.31 Emissions Policy Node Conditioning 

 Given the uncertainty surrounding the emissions compliance policy globally and 

in Canada, a flat 25% probability was applied to each of the four branches of initial 

emissions policy chance node. These branches indicate the impact of the policy, using 

the values determined by the LUBC analysis, including low, average, high, and no 

policy. Since a second emissions policy node is included in the model prior to the final 

construction option, the values of this node must be conditioned on those of the previous 

node. If low, mid, or high values occur for the first node, then a 100% probability is 

assigned to this value in the subsequent node, assuming policy continuity. If no 

emissions policy occurs in the first node, then another set of 25% likely policy impact 

levels are given to the second node, which is conditional on the first. Because of the high 

level of uncertainty surrounding this variable, a sensitivity analysis was undertaken. The 

effect the emissions policy in the initial chance node is shown in Figure 6.8. 
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Figure 6.8 Expected Value and Varying Emissions Policy 
 

 The emissions charge is represented in Figure 6.8 by impact level, where the low 

impact value is 10th percentile, the mid level value is $44.5/t, and the high impact is the 

upper 10th percentile of from the distribution developed by the IPCC, which ranges from 

0 to $172/t. Expected value is shown for each tax level. The project value decreases as 

the impact of the policy increases, and the optimal decision paths change as a function 

of the policy. As the emissions tax increases, the likelihood of abandoning the project 

increases, and the chance of switching from natural gas to nuclear increases. A 

significant increase in switching between natural gas and nuclear only occurs when the 

impact of the emissions policy is high, because the technology costs are comparable up 

to this point. Since the emissions charge variable is based on a speculative assumption, 

in order to get a more complete sense of the effect of a potential charge and to more 

closely examine its sensitivities, the options model was run varying the likelihood of a tax 

on greenhouse gas emissions. Figure 6.9 illustrates the impact on expected value of 

varying the probability of each emissions charge level (low, mid, and high). 
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Figure 6.9 Varying the Probability of an Emissions Policy 
 

 As the likelihood of an emissions tax decreases, the expected value increases. A 

high likelihood of a high emissions policy has the greatest impact on project value, with 

the potential to reduce it over $1.6 billion for the base expected value of $4.7 billion. This 

reduction occurs because a high emissions tax makes natural gas SAGD production 

more expensive, and because it becomes more likely that the project is abandoned. The 

likelihood of construction decreases from a base value of 90% to a low of 64% assuming 

a high emissions tax.  

Varying the probability associated with an emissions compliance charge also 

illuminates the benefits of the technology switching option. Since the expected value of a 

nuclear steam plant is $3.8 billion, switching to nuclear becomes favorable at a 50% 

likelihood of a high impact emissions policy, increasing the project value by over $600 

million. 
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6.32 Natural Gas Price Sensitivity 

 Since the long-term mean reversion price assumed for the price of natural gas is 

critical to the price path that follows in it subsequent periods, the sensitivity of this 

assumption was assessed, with its affect on project value shown in Figure 6.10. 

 

Figure 6.10 The Impact of Increasing Natural Gas Price on Expected Value 
  

 As expected, when the price of natural gas increases, the expected value of the 

project decreases, with the largest decrease occuring when the price moves from $4 to 

$5.50 per MMBtu (resulting in a loss of approximately $475 million from the expected 

value).  The impact of the increase of natural gas price is more pronounced when it is 

still relatively low (i.e. in the $4-5 range) because of the options framework in which the 

model is set. Because the model will proceed with a natural gas SAGD plant when the 

price is low, an increase in a low price will significantly reduce the project value. 

However, when the price increases to relatively high levels (i.e. above $7/MMBtu), the 

expected value becomes insensitive to this movement, losing less than $100 million 

when the natural gas price increases from $7 to $8.50/MMBtu. This is because as the 

natural gas price increases, the model is more likely to select nuclear steam, and thus 

the natural gas price no longer has any effect on the expected value. Even if this price 
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increases to very high levels, since the model incorporates the option to switch facility 

types, it will no longer have any negative effect on expected value. 

 Figure 6.11 again depicts a rise in natural gas price and a corresponding impact 

on expected value, holding all other variables constant at their base value. However, in 

this figure the option to switch technology is removed, to illustrate the negative effect of 

this rise precluding the switch to nuclear steam. By observing the decline of expected 

value, a break-even price of natural gas is identified, where nuclear steam becomes the 

financially optimal technology.  

 

Figure 6.11 The Impact of a Natural Gas Price Increase on a Controlled Model 
 

 Unaffected by a rise in natural gas price, the nuclear steam plant expected value 

(shown as the dashed line) is estimated at $3.8 billion, intersecting the value of a gas 

SAGD plant at approximately $8.65/MMBtu. At this price nuclear becomes the preferred 

option, while the natural gas plant continues to lose value. Given the fact that natural gas 
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prices have exceeded this level many times in the past 10 years, the strategic 

importance of retaining the option to switch to nuclear steam becomes evident. 

Additionally, for each natural gas dollar price, the range between the 10th to 90th 

percentile of expected value of the SAGD plant is depicted in the figure as error bars. 

Even for very low priced natural gas, the project value outcomes can be higher for 

nuclear, as variations in capital cost, emissions policy, O&M and other variables make 

investment conditions unfavorable. At approximately $7/MMBtu, the 10th percentile of the 

expected value range is negative, indicating conditions where the fuel cost, coupled with 

the inclining cost of other variables, produces a project value outcome that induces the 

model to abandon the project rather than proceed with construction. 

6.33 Manipulating Decision Paths 

 In addition to being able to assess the value of individual decisions, the options 

framework, the ability to examine which options were taken given certain other decision 

outcomes. Seen in Figure 6.12 are the paths taken within the tree as it is folded back. 

Given assumptions, nuclear SAGD is more often taken initially, followed by a certain 

degree of switching as a result of commodity price movement. Construction occurs 

almost always, and SSL is universally undertaken. 

 

 
Figure 6.12 Decision Paths Taken in Built-in Options Model 
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 Figure 6.13 illustrates the decision paths taken if the decision path is constrained 

so that nuclear and natural gas, respectively, are always initially chosen. As expected, 

the most prominent revelation emerging from examining the decision paths in this way is 

that given an intial decision to pursue natural gas SAGD, a switch to nuclear will be 

made 25% of the time, while if nuclear is initially chosen, fuel switching only occurs 8% 

of the time. However, nuclear is slightly less likely to proceed with plant construction, an 

artifact of its capitally-intensive nature.  

 

 
Figure 6.13 Decision Paths Taken Given an Initial Selection of Nuclear or Natural Gas 

 

 Finally, the decision tree structure also allows for an examination of the value of 

knowing more about each individual uncertainty. The value of information regarding 

each variable represents the expected value that could be realized if the investor was 

able to resolve the uncertainty of that variable in advance. This is calculated by moving 

each chance node to the beginning of the tree, so that it occurs before any decision is 

made. If the investor was aware of the future course of oil or natural gas prices before 
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pursuing the project, they could optimize their decisions to yield the greatest possible net 

value.  

 The value of information graph, shown in Figure 6.14, illustrates the individual 

value of removing uncertainty and optimizing decisions under each variable. Each bar 

represents the additional value that could be gained in addition to the base expected 

value resulting from the removal of variable uncertainty, or the amount that a decision-

maker would pay to resolve variable uncertainty. While indicative of the latent value of 

uncertainty, the value of information for variables shown in Figure 6.14 must be 

understood in light of its dependence on assumptions regarding variable uncertainty, 

rather than as a definitive conclusion. 

 

Figure 6.14 The Variable-Specific Value of Information  
 

 Due to its critical function within the expected value estimation, the largest gain 

would results from resolving bitumen price uncertainty, in both the first and second 

period of the model. Since the bitumen price and natural gas price nodes that affect 
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option 1 in the model set the course for prices throughout the rest of the model, resolving 

the uncertainty associated with these nodes yields the greatest value. The natural gas 

price affecting the “switch fuel” option carries less inherent value than the price affecting 

the “construct” option. Even though the price in period 2 directly conditions that of period 

3, a high price in the third period has a significant role in the decision to abandon or 

invest, thus it carries more latent value, and appears at a point in the model where 

facility switching in no longer available. Additionally, the initial emissions policy 

uncertainty is more valuable than the conditional emissions policy, since 75% of the time 

the end state of the policy is determined by the initial state (only when the initial policy 

involves no carbon tax does the conditional policy play a role). 

 The benefit of the information provided in Figure 6.14 is that future price 

forecasts and estimates can be refined based on the value of information associated 

with them. Reducing the uncertainty regarding the future course of bitumen prices 

appears to be a logical and valuable next step, since according to the model more 

information about these prices would result in the largest increase in the expected value. 
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Chapter 7. Recommendations and Conclusion 

 

 The real options analysis approach allows for the recognition of value inherent in 

an investment decision that may not be visible when approaching the problem from a 

strict discounted cash flow position. By performing an options analysis, the problem 

incorporates the evolution of price and policy uncertainty, and more accurately and 

inclusively reflects the reality of investment decisions. Projects, especially those 

involving large up-front capital investments, move through different stages of planning 

and execution, with flexibility at each point for the managers to alter the direction of the 

project or abandon it entirely.  

 ROA integrates this flexibility, and the model described in Chapter 6 reflects a 

project structure of a project that includes a decision period of relative small initial 

investments connected to technology selection and regulatory compliance, a final “gut 

check,” where the basics of the decision can be altered (switching the fuel type from 

nuclear to natural gas and vice versa), and a no looking back commitment decision, 

embodied in a commitment to construct. If the economics surrounding the investment 

look unfavorable at this final step, the manager can choose to abandon the project with 

minimal loss, rather than pursue an investment with unacceptable risk. The value of the 

additional information learned by the decision maker throughout the option stages is 

central to the options approach.  

 By ignoring flexibility, a traditional NPV estimation tends to undervalue capital-

intensive projects. Here, a strategic NPV is estimated, where the ability to wait and see 

what course prices take in the future may make the purchase of the initial option – the 

outlay associated with the decision to pursue the endeavor –  worthwhile. In this case, 
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retaining options allows for reassessment of investment given the price volatility of 

natural gas and bitumen, the effect of capital cost uncertainty, and emissions policy 

changes. As was pointed out by Lauferts and Van Den Durpel [41], nuclear can 

particularly benefit from an ROA approach, since nuclear projects are often undervalued 

and suffer from an almost discriminatory perception in terms of capital costs. Using ROA 

allows the analyst to identify prices and discount rates that could make investment 

attractive to interested parties. 

 In additional to traditional DCF analysis, managers and analysts should pursue a 

real options approach when assessing investments. Using decision tree structures, the 

classic real options formulations of the financial world become practicable for capital 

valuations, with intuitive and easily interpretable results. Cost estimations for options are 

particularly important, and more research should be done on methods to assess costs at 

various project stages. A model with built-in options, including those to delay 

construction, abandon a project, expand production, or switch fuel type, allows analysts 

to envision the project from a more inclusive organic perspective, accounting for values 

and costs that shift as the parameters of the project change. 

 The estimations and models developed in this report include a derivation of 

recovery cost ranges using Monte Carlo and stochastic forecasting, estimating 

probabilities of cost outcomes and risk levels, and finally integrating these estimates into 

a real options framework. By applying these methods in a comparative framework, the 

decision to use nuclear or natural gas for oil sand production, the comparison becomes 

dynamic, with decision paths altering based on a realistic fluctuation of commodity 

prices. Without ROA, DCF indicates an initial preference for natural gas, depending on 

risk level. ROA allows these decisions to be revised as information, as yet unknown, 
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becomes available. As is reflected in the model discussed in this report, the exploitation 

of the oil sands should be based on investment conditions and environmental 

imperatives, and the potential interaction between the two. Depending on the risk 

tolerance of the investor, nuclear steam may be the preferred option. 

 While the ROA method indicates the probabilities associated with pursuing a 

particular policy, the value of the analysis exists more in its valuation of the ability to wait 

and see based on estimated uncertainties. Rather than indicating a definitive initial 

pathway, as is the goal of DCF analysis, the results points to the value of restructuring 

the problem to account for flexibility and uncertainty as time progresses, worth almost 

$200 million in this case. ROA provides a more realistic structure to the valuation of a 

project, where rather than a project having a closed form up-front value, the decision 

maker can alter the course of the investment. This approach is logical considering the 

uncertainties surrounding exploitation of the oil sands. 
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